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Series Introduction 


The orginal edition of Power Distribution Planning Reference Book was the first in 
Marcel’s Dekker’s Power Engineering series. It is a sign of the growing maturity of this 
series, and the continued development and evolution of power engineering and the utility 
industry, that many of the books in it are now going into their second editions. Power 
engineering is certainly the oldest and was for many decades the most traditional of the 
various areas within electrical engineering. Without doubt, electric power and utilities are 
also the oldest technology-based sector of modern industry. Yet no other facet of our 
technology and culture is undergoing such a lengthy and comprehensive revolution. 

It would be a gross simplification to attribute all the changes the power industry is 
seeing to de-regulation, which is in fact more an effect of much larger forces than a root 
cause of the industry’s continuing transformation. As proof, one only has to look at power 
distribution. Distribution is the level of the power system least impacted by de-regulation, 
yet it has changed dramatically in the past decade, as Power Distribution Planning 
Reference Book, Second Edition bears witness. Fully 70% of the book is new compared to 
the first edition. Overall, the second edition contains more than twice the content of the 
first, changes fairly reflecting the growth and change of power distribution planning in the 
21st century. 

As both the editor of the Power Engineering series and the author of this book, I am 
proud to include Power Distribution Planning Reference Book, Second Edition, in this 
important group of books. Following the theme we have set from the beginning in Marcel 
Dekker’s Power Engineering series, this book provides modern power technology in a 
context of proven, practical application; useful as a reference book as well as: for self-study 
and advanced classroom use. Marcel Dekker’s Power Engineering series includes books 
covering the entire field of power engineering, in all of its specialties and sub-genres, all 
aimed at providing practicmg power engineers with the knowledge and techniques they 
need to meet the electric industry’s challenges in the 21st century. 


H. Lee Willis 
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Preface 


This second edition of the Power Distribution Planning Reference Book is, like the first, 
both a reference book and a tutorial guide for the planning of electric utility power delivery 
systems. But it is much more than just a revision of the former edition. During the decade 
since the first edition was published a number of forces have come together to greatly 
complicate and expand the role of the power distribution planner. This new book, which 
contains more than twice the content of the original, has been designed to fit the wider 
scope and greater complexity of modern power distribution planning. 

Foremost among the changes affecting planners has been an industry-wide move toward 
very explicit management of reliability. Modern electric utilities cannot meet their customer 
and regulatory expectations simply by designing to good standards and criteria as utilities 
did in the past. A 21*-century power company must aim at and achieve specific targets with 
respect to reliability of service. 

But while reliability-targeted performance may be the greatest new technical challenge 
affecting many modern power delivery planners, changes in utility business and financial 
orientation have had a much larger impact on most. Performance-based and frozen-rate 
schedules, disaggregation of the traditional vertical structure, and subtle changes in the 
attitude of the investment community toward utilities in general have created tremendous 
pressure to reduce spending and improve financial performance. While this means planners 
are challenged more than ever to reduce cost, there is a subtle difference between 
“spending” and “cost.” Traditional methods of evaluating merit and ranking alternatives 
against one another do not always fit well in this new environment. 

The third change has been a rather sudden and still-growing recognition that “aging 
infrastructures” have become a significant problem. A few utilities have systems whose 
average age exceeds the nominal design lifetime of major electrical equipment. Almost all 
have significant areas of their system where this is the case. Aging equipment has a higher 
failure rate, requires more maintenance, and has a shorter expected lifetime than new 
equipment, all factors that potentially reduce reliability and increase cost. 

Beyond the very real challenge that dealing with increasing amounts of worn out 
equipment creates, aging infrastructures have brought about a subtle change in technical 
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approach and cultural attitudes at utilities. Traditionally, the fact that all equipment would 
eventually “die” was understood by all concerned, but it had no role in utility engineering 
planning. Unavailability of equipment for brief periods, perhaps unexpectedly, was a 
recognized problem and addressed by contingency planning methods. But the concept of 
“lifetime” was completely absent from traditional T&D planning, which effectively 
assumed that equipment already in the system as well as that being added would be there 
“forever.” 

Today, planners, managers, and operators at many utilities realize that much of their 
system will fail within the span of their career, a good deal of it in the very foreseeable 
future. Lifetime, as affected by specification, utilization and required reliability, and care 
given equipment, is suddenly something to be explicitly studied and managed. These 
considerations, and their obvious interaction with targeted reliability and tight budget 
considerations, greatly complicate T&D planning. 

One reaction to the combination of increasing focus on business coupled with this need 
to manage “lifetime” has been the advent of “Asset Management” as a business paradigm 
for electric utilities. While that term has many variations in meaning within the industry, it 
invariably means a closer integration of business and engineering, and of capital and O&M 
planning, aimed at a “lifetime optimum” business-case for the acquisition, use, and 
maintenance of equipment and facilities. The author does not mean to imply that the use of 
asset management methods m the power industry has been driven by the aging 
infrastructure issue. In fact it has been driven mostly by a search for an improved business 
paradigm suitable for the modern regulatory and financial environment. But asset 
management methods provided a very sound basis for considering all of the issues that 
surround equipment aging and “lifetime management,” and thus fit not only the business, 
but many of the new technical issues in the industry. 

Despite all these changes, distribution planning still involves developing and justifying a 
schedule of future additions and changes that will assure the utility's goals for electric 
delivery are met. Tactically, distribution planners must accomplish three tasks. First, they 
must identify the goals for their system. Exactly what constitutes “satisfactory 
performance?” How is that measured? What does “lowest cost” and “least budget” mean? 
Unambiguous, quantitative targets must be established for all planning goals. 

Second, planners must understand how differences in distribution system design and 
equipment will affect the achievement of these goals. Distribution systems are complicated 
combinatorial entities, whose performance and economy depend on the coordinated 
interaction of tens of thousands of individual equipment and circuit elements. Worldwide, 
there are several fundamentally different “design philosophies” for laying out a distribution 
system and engineering it to work well — what might be called differing design paradigms. 
All work well. But while each paradigm has its plusses and minuses, there is usually one 
best design to achieve the planner’s specific desired targets and end results. 

Third, planners must find that best design, every time, from among the thousands or 
even tens of thousands of feasible designs that might work for their system. Their planning 
methodology must be comprehensive and complete, assuring that nothing is overlooked and 
that every opportunity for savings or improvement 1s fully exploited. 

This second edition has been written to address this distribution planning process in a 
way that meets all of the new challenges discussed above. Following his own advice — that 
reliability and business prioritization must be built into the system and the planning process, 
and not “tacked on at the end” — the author has not updated the first edition by simply 
adding a few new chapters on reliability-based planning, aging equipment, and business- 
based prioritization methods. 
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Instead, the bulk of the original book has been entirely re-written in company with the 
addition of many new topics and chapters new material. As a result, most of this second 
edition is new. There are two completely new chapters on reliability and[23), 
but more important, reliability engineering and planning concepts are distributed throughout 
the book, beginning in (Chapter 1|and continuing through to the end. Similarly, there are 
new chapters on business-based “bang for the buck” prioritization methods (Chapter 6h, on 
aging infrastructures and their impacts (Chapters 7| and[8) and on business-based and asset 
management planning methods (Chapter 28). But more importantly, those concepts are all 
woven throughout all of the book, in both old and new chapters. The net result of these 
additions and enhancements, along with other new chapters on distributed resources 
(Chapter 10) and objectivity and accuracy in planning (Chapter 25), is that the Power 
Distribution Planning Reference Book has more than doubled in content, from just under 
290,000 words in the first edition to more than 600,000 here, an increase that the author 
believes is rather representative of the increased challenge that modern planners face. 
Roughly speaking, the job is about twice as difficult as it was in the past. 

The much greater length of this second edition has brought some changes in 
organization to make the book more useful both as a tutorial guide and as a reference for 
practicing planners. First, to facilitate tutorial usage each chapter has been written as much 
as possible as a stand-alone, serial treatise on its topic. (Chapters 13}{15] are a notable 
exception, being in reality a single 130+ page discussion of feeder planning.) Second, to 
facilitate usage as a reference, numerous cross-references by topic and interaction have 
been given among chapters, and each chapter concludes with a one-page table summarizing 
its key concepts — useful for quick reference. A concluding chapter has been added that 
summarizes key concepts and guidelines, and gives references to chapters and sections 
where detail can be found on each point. Finally, the author has endeavored to make the 
index particularly comprehensive and useful. 

This book is organized into four parts. The first ten chapters constitute basic “resource” 
material, each chapter being more or less a stand-alone tutorial on a specific area of modern 
T&D planning or systems (e.g., Chapter 6 on prioritization and ranking methods). The 
second part of the book, is a bottom-up look at T&D systems in detail, 
including their electrical performance, reliability, and cost. The third part of the book, 
covers T&D planning tools and technologies. conclude 
with a look at the planning process: how it is organized, how it meshes with other utility 
functions, and how planners work within it. 

Chapter 1 provides a brief introduction to distribution systems, their mission, the rules 
that govern their behavior, and their performance and economics. This one-chapter 
summary is provided for those unfamiliar with or new to power delivery systems. 
Experienced planners can skip this chapter, although it is recommended, as several key 
concepts, particularly the systems approach and Two-Q, are introduced here. 

Ultimately, the T&D system exists solely to deliver power to energy consumers. 
looks at consumer demand for electric power. It explains 7wo-Q, a concept of 
looking at both customer demand and system capability as composed of two dimensions: 
the quantity (peak kW load, system capability) of power needed, and the quality of power 
need (value of connectivity, reliability of service). Successful electric utilities keep 
spending low while managing to provide satisfactory levels of both. 

looks at consumer demand as it looks to the power system, as electric load. 
This chapter covers basic electric load concepts such as types of electric load (resistive, 
impedance), appliance duty cycles and their interaction with one another and weather, load 
curve shapes and factors, comcidence of load and diversity of peaks, and measurement of 
demand and load curve shape. 
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is a basic introduction to electric service reliability. It provides basic 
definitions and concepts and builds a foundation for the considerable amount of reliability- 
based planning and engineering material later in the book. The chapter describes the use of 
reliability indices including the purposes and pitfalls of comparison and benchmarking. 

reviews traditional engineering economics from the perspective of the 
distribution planner, mostly time-value-of-money analysis and its pragmatic application as a 
decision-making tool. Although many utilities use newer asset management approaches to 
prioritize their spending, traditional engineering economics are still used pervasively in the 
analysis and cost evaluation that leads up to the decision-making system, regardless of what 
“management paradigm” the utility is using. 

Chapter 6]is perhaps the first that experienced planners will find a break from the past. It 
looks at project and spending prioritization methods in some detail. While it deals 
comprehensively with the traditional least-cost approach, the chapter is definitely focused 
on modern “bang for the buck” methods as used in reliability-based planning, in budget- 
constrained situations, and for “asset management.” Both traditional and new analytical 
methods as well as processes and procedures for their use are discussed and compared. 

and | provide tutorial and reference material on equipment aging, failure 
rates, and in particular how aging infrastructures impact the reliability of a power system. 
Failure rate does increase with age. But as these chapters show, very old equipment is 
seldom the problem. It is usually equipment in “late middle age” that proves most 
problematic. 

covers load reach, a measure of the distance that a circuit or system can move 
power while providing suitable service voltage, and one of the author’s favorite distribution 
planning tools. Many power engineering techniques optimize equipment selection and 
design on a per unit basis, which for circuits means a per foot, per kilometer, or similar 
basis. Such methods represent a current-related optimization approach and are quite 
important. By contrast, load reach can be thought of as a voltage or voltage drop 
optimization of a system. It permits a planner to look at the overall needs of a feeder system 
— power must be moved from substations out to the mid-point between substations. Circuit 
designs and specifications that have sufficient load reach to meet this distance need 
efficiently, but no more, generally prove most economical and reliable. The best performing 
circuits are optimized on both a voltage and current basis. The chapter also addresses volt- 
VAR performance and planning, something closely related to load-reach concepts and 


attaining optimum voltage performance. 

is a tutorial on distributed resources (DR), which includes distributed 
generation (DG), distributed energy storage (DS), and demand-side management (DSM). 
Although not part of classical T&D planning, DR is increasingly a factor in many utility 
decisions and is a required alternative that planners must consider in some regulatory 
jurisdictions. But the author has included this chapter for another reason, too. DR methods 
also include customer-side methods such as UPS and backup generation (a form of DG), 
that principally affect service reliability. From a Two-Q perspective their capability pertains 
mostly to the quality, not quantity, dimension. They are therefore of great interest to 
modern planners looking for maximum bang for the buck in terms of reliability. 

The second part of the book, through [19,| constitutes a detailed look at the 
design, performance, and economics of a power distribution system, based on two 
overriding principles. The first is the systems approach: sub-transmission, substation, 
feeder, and service levels are integrated layers of the system. These disparate levels must 
work well together and their overall performance and cost should be optimized. That comes 
as much from sound coordination of each level with the others as it does from optimization 
of any one level. 
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The second concept is cost. While the aforementioned changes in financial priorities 
have caused many utilities to optimize spending (cash flow), not long-term cost as in the 
past, detailed and explicit knowledge of what various alternatives will truly cost, now and in 
the future, is vital for sound management of both the system and the utility’s finances no 
matter what paradigm is driving the budget prioritization. Therefore, focus 
a great deal of attention on determining all costs. 

Chapters 11 and 12] 100k at conductor and transformer economic sizing in some detail, 
beginning with basic equipment sizing economics in Chapter 11. The approaches discussed 
there will be familiar to most planners. However, Chapter 12’s extension of these concepts 
to conductor or equipment type set design, which involves finding an optimal group of line 
types or equipment sizes to use in building a distribution system, will be new to many. 

Primary feeder circuit layout and performance is examined in through 
Although there are exceptions in order to put important points in context, generally Chapter 
13 deals with the equipment selection, layout, and performance of individual circuits, while 
Chapter 15 looks at multi-feeder planning — for groups of feeders serving a widespread 
area. looks at reliability and reliability planning at the feeder level, and serves as 
a conceptual and methodological bridge between Chapters 13 and 15, for while distribution 
reliability begins with a sound design for each individual feeder, it is quite dependent on 
inter-feeder contingency support and switching, which is the multi-feeder planning venue. 
These three chapters also present and compare the various philosophies on system layout, 
including “American” or “European” layout; large trunk versus multi-branch; loop, radial, 
or network systems; single or dual-voltage feeder systems; and other variations. 

looks at distribution substations and the sub-transmission lines that route 
power to them. Although they are not considered part of “distribution” in many utilities, 
coordination of sub-transmission, substation, and distribution feeders is a critical part of the 
system approach’s optimization of overall performance and cost. Substations can be 
composed of various types of equipment, laid out in many different ways, as described here. 
Cost, capacity, and reliability vary depending on equipment and design, as do flexibility for 
future design to accommodate uncertainty in future needs. 

Chapter I7|takes a “systems approach” perspective to the performance and economics 
of the combined sub-transmission/substation/feeder system. Optimal performance comes 
from a properly coordinated selection of voltages, equipment types, and layout at all three 
levels. This balance of design among the three levels, and its interaction with load density, 
geographic constraints, and other design elements, is explored and evaluated in a series of 
sample system design variations of distribution system performance, reliability, and 


economy. 

focuses on locational planning and capacity optimization of substations, 
looking at the issues involved, the types of costs and constraints planners must deal with, 
and the ways that decisions and different layout rules change the resulting system 
performance and economy. No other aspect of power delivery system layout is more 
important than siting and sizing of substations. Substation sites are both the delivery points 
for the sub-transmission system and the source points for the feeder system. Thus even 
though the substation level typically costs less than either of the two other levels, its siting 
and sizing largely dictate the design of those two other levels and often has a very 
significant financial impact if done poorly. 

Chapter 19 looks at the service (secondary) level. Although composed of relatively 
small “commodity” elements, cumulatively this closest-to-the-customer level is surprisingly 
complex, and represents a sizable investment, one that benefits from careful equipment 
specification and design standards. 
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The third portion of the book, {Chapters 20}25] discusses the tools and skills that modern 
distribution planners need to do their work. In the 21 century, nearly all of these tools 
make heavy use of computers, not just for analysis, but for data mining and decision 
support. Regardless, this portion of the book begins with what many planners may not 
consider to be tools: the engineering and operating guidelines (standards) and the criteria 
that set limits on and specify the various engineered aspects of a T&D system. Chapters 20 
and focus respectively on voltage, loading, equipment and design guidelines, and 
reliability, maintainability and service quality guidelines and criteria. Their overall 
perspective is that criteria and guidelines are tools whose primary purposes should be to 
assist planners in performing their job quickly. The more traditional (and obsolete) view 
was that guidelines (standards) and criteria existed primarily to assure adequate service 
quality and equipment lifetime. Modern utilities explicitly engineer aspects like voltage, 
flicker, and reliability of service, so that role has been somewhat superceded. Regardless, an 
important point is that good guidelines and criteria can greatly speed the planning process, a 
critical point for modern utilities that must “do more with less.” 

era) aes electrical performance analysis methods — engineering techniques 
used to assess the voltage, current, power factor and loading performance of distribution 
systems. The chapter focuses on application, not algorithms, covering the basic concepts, 
models, methods and approaches used to represent feeders and evaluate their performance 
and cost in short-range planning and feeder analysis. 

focuses on reliability analysis methods — engineering techniques used to 
assess the expected reliability performance of distribution systems, including frequency and 
duration of interruptions seen by customers, and severity and frequency of voltage sags on 
the system. Focus is on application and use of modern, predictive reliability engineering 
methods, not on algorithms and theory. Most important from the standpoint of modern 
distribution planners, dependable and proven reliability-engineering methods do exist and 
are effective. To an electric utility trymg to meet regulatory targets and customer 
expectations in the most effective business manner possible, these methods are vitally 
important. 

looks at decision-making and optimization tools and methods for 
distribution planning. Although modern planners depend on computerized methods for 
nearly all planning, there is a substantial difference between the computerized performance 
analysis methods of Chapters 22 and 23, and the automated planning methods presented 
here. Automated planning tools can streamline the work flow while also leading to better 
distribution plans. Most are based on application of optimization methods, which, while 
mathematically complicated, are simple in concept. The chapter presents a brief, practical, 
tutorial on optimization, on the various methods available, and on how to pick a method 
that will work for a given problem. As in Chapters 22 and 23, the focus is on practical 
application, not on algorithms. Automated methods for both feeder-system planning and 
substation-siting and sizing are discussed, along with typical! pitfalls and recommended 
ways to avoid them. 

Chapter 25 looks at spatial load forecasting tools and methods. All T&D plans begin 
with some concept of what the future demand patterns will be: the forecast is the initiator of 
the planning process ~ anticipation of demand levels that cannot be served satisfactorily is 
the driver behind capital expansion planning. Characteristics of load growth that can be 
used in forecasting are presented, along with rules of thumb for growth analysis. Various 
forecasting procedures are delineated, along with a comparison of their applicability, 
accuracy, and data and resource requirements. 


The final portion of the book, BO] focuses on planning and the planning 
process itself: how planners and their utilities can use the tools covered in Chapters 20-25, 
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and organize themselves and their work flow, and interact with other aspects and groups 
within a utility, so that ultimately they both produce and execute good plans for the system 
and accommodate the other needs that the utility has with respect to the distribution system 
(mostly safety and business needs). 

Planning processes and approaches have undergone considerable change since the first 
edition of this book was published, and are in a state of continual change as this is written. 
This portion of the book is nearly all new. It presents an integrated look at the three largest 
changes affecting distribution planners, and how they can deal with their combined impact. 
These changes are the increasing emphasis on reliability and achieving reliability targets, an 
increasingly business-basis in all spending and resource decisions, and far less emphasis on 
long-range system planning. Reliability is important because in the 21“ century it has 
become and will remain an explicitly measured and tracked aspect of utility performance, 
something the utility (and its planners) must engineer and manage well. The increasing 
business basis is due to a host of factors discussed in various parts of this book, but its net 
impact on planners is to change the context within which their recommendations are made: 
modern utilities make a// spending decisions on a business-case basis. 

The shift to more short-range and less long-range focus is not, as often thought, due to a 
narrow “profit now” business focus by utilities. Instead, it reflects a shift in the importance 
of both engineering and business considerations. The higher utilization ratios and the 
greater emphasis on reliability faced by modern utilities mean that planning mistakes are 
more costly and may take longer to fix. “Getting it right, now” is vital to a modern T&D 
utility: very good, rather than just adequate, short-range planning is more important than 
ever. Beyond this, modern business planning and management methods have proven very 
successful at reducing long-term risk and retaining long-term flexibility: optimizing or even 


organizing long-range T&D plans is simply not as critical to success as it once was. 
Chapter 26 begins by looking at the distribution planning process itself. Despite all the 


changes, the core of the planning process is much as it always was, even if the metrics used 
and context within which it works have changed dramatically. Planning still involves 
setting goals, identifying and evaluating options, and selecting the best option. Each of 
these planning steps is examined in detail, along with its common pitfalls. Short- and long- 
range planning are defined and their different purposes and procedures studied. Finally, the 
functional steps involved in T&D planning, and the tools they use, are presented in detail. 
looks at how the forecasting tools covered in are used, and how 
planners organize themselves and their forecast-translated-to-capability-need methodology 
so that they can efficiently accommodate their company’s requirements. In a modern high- 
utilization ratio, just-in-time utility, correctly anticipating future needs could be said to be 
the critical part of planning. Fully half of all recent large-scale outages and blackouts have 
been due, at least in part, to deficiencies that started with poor recognition or anticipation of 


future system capability needs. 

looks at balancing reliability against spending. Many power engineers 
buying this book will consider this its key chapter. It presents the basics of reliability-based 
distribution planning including processes and procedures aimed at achieving specific 
reliability targets. But at most electric delivery utilities there is more involved than just a 
reliability-based approach and an explicit focus on attaining reliability targets. To be 
successful, reliability-based planning must be interfaced into the “business” framework of 
an electric utility. This includes a three-way melding of the traditional T&D planning tools 
and methods (Chapters _17,] 20] B4] and 26), reliability-based analysis engineering 
21)and 23) and “bang for the buck” prioritization methodologies and budget- 
constrained planning methods covered in When successfully integrated into a 
utility’s investment, system, and operational planning functions, this is often called asset 
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management. Since these concepts are new, and represent a considerable step change to 
most utilities, the chapter also includes a simple but effective “cookbook” on CERI (Cost- 
Effective Reliability Improvement) projects used to bootstrap a utility’s move toward 
explicit cost- or spending-based management of reliability. 

is a considerable departure from previous chapters and sure to be somewhat 
controversial and discomforting to some planners. It discusses objectivity and accuracy in 
distribution planning, frankly and explicitly addressing the fact that some planning studies 
are deliberately biased in both their analysis and their reporting, so that they do not present 
a truly balanced representation and comparison of alternatives based on their merits. As 
shown, there is a legitimate, and in fact critical, need for such reports in the power industry, 
and there is nothing unethical about a planning study that declares its intent to “make a 
case” for a particular option with an advantageous set of assumptions and analysis. But the 
sad truth is that some planning studies contain hidden bias, because of unintended mistakes, 
or deliberate efforts to misrepresent a truthful evaluation. Part of this chapter is a “tutorial 
on cheating” — giving rules and examples of how to disguise a very biased analysis so that it 
gives the appearance of objectivity and balance. This is then used to show how planners can 
review a report for both accuracy and objectivity, and how to detect both unintended 
mistakes as well as bias that has been carefully hidden. 

concludes with a summary and integrating perspective on the book’s key 
points as well as a set of guidelines and recommendations for modern distribution planners. 
Along with it provides a good “executive summary” to both T&D systems and 
planning for a modern utility. 

This book, along with a companion volume (Spatial Electric Load Forecasting, Marcel 
Dekker, 2002), took more than a decade to complete. I wish to thank many good friends 
and colleagues, including especially Jim Bouford, Richard Brown, Mike Engel, James 
Northcote-Green, Hahn Tram, Gary Rackliffe, Randy Schrieber and Greg Welch, for their 
encouragement and willing support. I also want to thank Rita Lazazzaro and Lila Harris at 
Marcel Dekker, Inc., for their involvement and efforts to make this book a quality effort. 
Most of all, I wish to thank my wife, Lorrin Philipson, for the many hours of review and 
editorial work she unselfishly gave in support of this book, and for her constant, loving 
support, without which this book would never have been completed. 


H. Lee Willis 
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Power Delivery Systems 


1.1 INTRODUCTION 


Retail sale of electric energy involves the delivery of power in ready to use form to the final 
consumers. Whether marketed by a local utility, load aggregator, or direct power retailer, 
this electric power must flow through a power delivery system on its way from power 
production to customer. This transmission and distribution (T&D) system consists of 
thousands of transmission and distribution lines, substations, transformers, and other 
equipment scattered over a wide geographical area and interconnected so that all function in 
concert to deliver power as needed to the utility's customers. 

This chapter is an introductory tutorial on T&D systems and their design constraints. 
For those unfamiliar with power delivery, it provides an outline of the most important 
concepts. But in addition, it examines the natural phenomena that shape T&D systems and 
explains the key physical relationships and their impact on design and performance. For this 
reason experienced planners are advised to scan this chapter, or at least its conclusions, so 
that they understand the perspective upon which the rest of the book builds. 

In a traditional electric system, power production is concentrated at only a few large, 
usually isolated, power stations. The T&D system moves the power from those often distant 
generating plants to the many customers who consume the power. In some cases, cost can 
be lowered and reliability enhanced through the use of distributed generation — numerous 
smaller generators placed at strategically selected points throughout the power system in 
proximity to the customers. This and other distributed resources — so named because they 
are distributed throughout the system in close proximity to customers — including storage 
systems and demand-side management, often provide great benefit. 

But regardless of the use of distributed generation or demand-side management, the 
T&D system is the ultimate distributed resource, consisting of thousands, perhaps millions, 
of units of equipment scattered throughout the service territory, interconnected and 
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operating in concert to achieve uninterrupted delivery of power to the electric consumers. 
These systems represent an investment of billions of dollars, require care and precision in 
their operation, and provide one of the most basic building blocks of our society — widely 
available, economical, and reliable energy. 

This chapter begins with an examination of the role and mission of a T&D system — 
why it exists and what it is expected to do. Section 1.3 looks at several fundamental 
physical laws that constrain T&D systems design. The typical hierarchical system structure 
that results and the costs of its equipment are summarized in sections 1.4 and 1.5. In section 
1.6, a number of different ways to lay out a distribution system are covered, along with their 
advantages and disadvantages. The chapter ends with a look at the “systems approach” — 
perhaps the single most important concept in the design of retail delivery systems which are 
both inexpensive and reliable. 


1.2 T&D SYSTEM’S MISSION 


A T&D system’s primary mission is to deliver power to electrical consumers at their place 
of consumption and in ready-to-use form. The system must deliver power to the customers, 
which means it must be dispersed throughout the utility service territory in rough proportion 
to customer locations and demand (Figure 1.1). This is the primary requirement for a T&D 
system, and one so basic it is often overlooked ~— the system must cover ground — reaching 
every customer with an electrical path of sufficient strength to satisfy that customer's 
demand for electric power. 

That electrical path must be reliable, too, so that it provides an uninterrupted flow of 
stable power to the utility’s customers. Reliable power delivery means delivering all of the 
power demanded, not just some of the power needed, and doing so all of the time. Anything 
less than near perfection in meeting this goal is considered unacceptable — 99.9% reliability 
of service may sound impressive, but it means nearly nine hours of electric service 
interruption each year, an amount that would be unacceptable in nearly any first-world 
country. 


2011 
WINTER PEAK 
3442 MW 


N 


| Ten miles 


Shading indicates 
relative load 
density. Lines 
show major roads 
and highways. 


Figure 1.1 Map of electrical demand for a major US city shows where the total demand of more than 
2,000 MW peak is located. Degree of shading indicates electric load distribution. The T&D system 
must cover the region with sufficient capacity at every location to meet the customer needs there. 
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Table 1.1 Required Functions, or “Mission Goals” for a Power Delivery System 


1. Cover the utility’s service territory, reaching all consumers who wish to be 
connected and purchase power. 


2. Have sufficient capability to meet the peak demands of those energy 
consumers. 


3. Provide satisfactory continuity of. service (reliability) to the connected 
energy consumers. 


4. Provide stable voltage quality regardless of load level or conditions. 


Beyond the need to deliver power to the customer, the utility’s T&D system must also 
deliver it in ready-to-use form — at the utilization voltage required for electrical appliances 
and equipment, and free of large voltage fluctuations, high levels of harmonics, or transient 
electrical disturbances (Engel et al., 1992). 

Most electrical equipment in the United States is designed to operate properly when 
supplied with 60 cycle alternating current at between 114 and 126 volts, a plus or minus 
five percent range centered on the nominal utilization voltage of 120 volts (RMS average 
of the alternating voltage). In many other countries, utilization standards vary from 230 to 
slightly over 250 volts, at either 50 or 60 cycles AC.’ But regardless of the utilization 
voltage, a utility must maintain the voltage provided to each customer within a narrow 
range centered within the voltages that electric equipment is designed to tolerate. 

A ten percent range of delivery voltage throughout a utility's service area may be 
acceptable, but a ten percent range of fluctuation in the voltage supplied to any one 
customer is not. An instantaneous shift of even three percent in voltage causes a perceptible, 
and to some people disturbing, flicker in electric lighting. More important, voltage 
fluctuations can cause erratic and undesirable behavior of some electrical equipment. 

Thus, whether high or low within the allowed range, the delivery voltage of any one 
customer must be maintained at about the same level all the time — normally within a range 
of three to six percent — and any fluctuation must occur slowly. Such stable voltage can be 
difficult to obtain, because the voltage at the customer end of a T&D system varies 
inversely with electric demand, falling as the demand increases, rising as it decreases. If this 
range of load fluctuation is too great, or if it happens too often, the customers may consider 
it poor service. 

Thus, a T&D system’s mission is to meet the four goals in Table 1.1, and of course, 
above all else, to achieve these goals at the lowest cost possible and in a safe and 
esthetically acceptable manner. 


1.3 RELIABILITY OF POWER DELIVERY 


Reliability of service was always a priority of electric utilities, however the tone of that 
focus, and the perspective on reliability began to change in the 1990s when the power 
industry saw a growing emphasis on reliability of customer service. In the early part of the 
electric era (1890 — 1930) most electric utilities viewed interruptions of service primarily as 
interruptions in revenue — when outages of equipment occur and the utility cannot provide 


’ Power is provided to customers in the United States by reversed alternating current legs (+120 


volts and -120 volts wire to ground). This provides 240 volts of power to any appliance that needs 
it, but for purposes of distribution engineering and performance acts like only 120 volt power. 
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electric service, it earns no money (Abbott, 1895). Industry studies of outages and 
interruptions during this period were almost entirely based around the “loss of revenue”’ that 
the utility would experience from poor reliability, and reliability was managed from that 
perspective. To some extent, the view of utilities then was the same as a cable or broadcast 
TV network might have today: when we aren’t distributing, we aren’t earning. Just as a TV 
network knows that when its broadcast is interrupted its revenues (from advertising) are cut, 
so electric utilities in the first third of the 20" century knew that when equipment was out, 
they weren’t earning money. Resources and actions to avoid outages were justified and 
managed from the standpoint that, to an extent, they were profitable because they kept the 
revenue stream coming into the utility’s coffers. 

During the 1930s through the 1960s, electric power came to be viewed as an essential 
and needed service, and reliability came to be viewed as an obligation the utility had to its 
customers. Most utilities, including their upper management, adopted a “public 
stewardship” attitude in which they viewed themselves and their company as having an 
obligation to maintain power flow to their customers. However, the computer and data 
collection technologies needed to collect and manage quantitative data on customer-level 
reliability were not available at that time (as they are today). A widespread outage overnight 
might be reported to management the next morning as “‘we had a lot of customers, maybe as 
many as 40,000, out for quite a while, and had about sixteen crews on it all night.” No, or 
very limited, reporting was done to state regulatory agencies.” As a result, most utilities 
used only informal means based on experience and good intentions, and sometimes 
misguided intuition, to manage reliability. 

Several changes occurred during the period 1970 through 2000 that led to more 
quantitative emphasis on reliability. First, electric power increasingly became “mission 
critical” to more and more businesses and homes. Equally important, it became possible to 
measure and track reliability of service in detail. Modern SCADA, system monitoring, 
outage management, and customer information systems permit utilities to determine which 
customer is out of service, and when, and why. Reports (see footnote 2, below) can be 
prepared on individual outages and the reliability problems they cause, and on the aggregate 
performance of the whole system over any period of time. Managerial study of past 
performance, and problems, could be done in detail, “slicing and dicing” the data in any 
number of ways and studying it for root causes and improved ways of improving service. 
Thus, the growing capability to quantitatively measure and study reliability of service 
enabled the industry to adopt much more specific and detailed managerial approaches to 
reliability. 

Simultaneously, during the 1980s and 1990s, first-world nations adopted increasing 
amounts of digital equipment. “Computerized”’ devices made their way into clocks, radios, 
televisions, stoves, ovens, washers and dryers and a host of other household appliances. 
Similarly, digital systems became the staple of “efficient” manufacturing and processing 
industries, without which factories could not compete on the basis of cost or quality. 

This dependence on digital systems raised the cost of short power interruptions. For 
example, into the mid 1970s, utilities routinely performed switching (transfer of groups of 
between 100 and 2000 homes) in the very early morning hours, using “cold switching”; a 


? By contrast, today management, and regulators, would receive a report more like ‘a series of weather- 
related events between 1:17 and 2:34 interrupted service to 36,512 customers, for an average of 3 
hours and 12 minutes each, with 22,348 of them being out for more than four hours. Seven crews 
responded to outage restoration and put in a total of 212 hours restoring service. Fifteen corrective 
maintenance tickets (for permanent completion of temporary repairs made to restore service) remain 
to be completed as of 9 AM this morning.” 
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Table 1.2 Summary of Power Distribution Reliability 


Outages of equipment cause interruptions of service. . 


In most distribution systems, every distribution equipment outage causes service interruptions 
because there is only one electrical path to every consumer. 


Reliability measures are based on two characteristics: 
Frequency — how often power interruptions occur 
Duration — how long they last 


Equity of reliability — assuring that all customers receive nearly the same level of reliability — is 
often an important part of managing reliability performance. 


Drops in voltage (sags) often have the same impact as complete cessation of power . 


branch of a feeder would be briefly de-energized as it was disconnected from one feeder, 
and then energized again through closing a switch to another feeder a few seconds, or 
minutes, later. Such short, late night/early morning interruptions caused few customer 
complaints in the era before widespread use of digital equipment. Energy consumers who 
even noticed the events were rare; analog electric clocks would fall a few seconds behind, 
that was all. Like the clocks, devices in “pre-digital” homes would immediately take up 
service again when power was restored. 

But today, a similar “cold switching” event would disable digital clocks, computers, and 
electronic equipment throughout the house, leaving the homeowners to wake up (often late 
because alarms have not gone off) to a house full of blinking digital displays. Surveys have 
shown homeowners consider even a “blink” interruption to cause them between seven and 
fifteen minutes of inconvenience, resetting clocks, etc. To accommodate this need, utilities 
must use “hot switching” in which a switch to the new source is closed first, and the tie to 
the old source is opened. This avoids creating any service interruption, but can create 
operating problems by leading to circulating (loop) currents that occasionally overload 
equipment. 

This gradual change in the impact of brief interruptions has had even a more profound 
impact on business and industry than on homeowners. In the 1930s, the outage of power 
to a furniture factory meant that power saws and tools could not be used until power was 
restored. The employees had to work with ambient light through windows. Productivity 
would decrease, but not cease. And it returned to normal quickly once power was 
restored. Today, interruption of power for even a second to most furniture factories 
would immediately shut down their five-axis milling machines and CAM-assembly 
robots. Work in progress would often be damaged and lost. And after power is restored 
the CAM assembly systems may take up to an hour to re-boot, re-initialize, and re-start: 
in most businesses and industries that rely on digital equipment, production is almost 
always interrupted for a longer period than the electrical service interruption itself. 

Thus, by the 1990s, consumers (and thus regulators) paid somewhat more attention to 
service interruptions, particularly short duration interruptions. But it would be far too 
simplistic to attribute the increasing societal emphasis on power reliability only to the use of 
digital equipment. The “digital society” merely brought about an increasing sensitivity to 
very short interruptions. In the bigger sense, the need for reliable electric power grew 
because society as a whole came to rely much more on electric power, period. Had digital 
equipment never been invented, if the world were entirely analog, there would still be the 
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same qualitative emphasis on reliability. Specific attention to “blinks” and short-term 
interruptions might receive somewhat less attention, and longer duration interruptions a bit 
more, than what actually occurs today. But overall, reliability of power would be just as 
crucial for businesses and private individuals. For these reasons, the power industry began 
to move toward quantitative, pro-active management of power system reliability: set 
targets, plan to achieve them, monitor progress, and take corrective actions as needed. 

The most salient points about power system reliability are summarized in [Table 1.2. 
[Chapters 4][7, ( elelee} and ba will discuss reliability and its planning and management 


in much further detail. 
1.4 THE “NATURAL LAWS OF T&D” 


The complex interaction of a T&D system is governed by a number of physical laws 
relating to the natural phenomena that have been harnessed to produce and move electric 
power. These interactions have created a number of “truths” that dominate the design of 
T&D systems: 


1. It is more economical to move power at high voltage. The higher the voltage, the 
lower the cost per kilowatt to move power any distance. 


2. The higher the voltage, the greater the capacity and the greater the cost of 
otherwise similar equipment. Thus, high voltage lines, while potentially 
economical, cost a great deal more than low voltage lines, but have a much 
greater capacity. They are only economical in practice if they can be used to 
move a lot of power in one block — they are the giant economy size, but while 
always giant, they are only economical if one truly needs the giant size. 


3. Utilization voltage is useless for the transmission of power. The 120/240 volt 
single-phase utilization voltage used in the United States, or even the 250 
volt/416 volt three-phase used in “European systems” is not equal to the task of 
economically moving power more than a few hundred yards. The application of 
these lower voltages for anything more than very local distribution at the 
neighborhood level results in unacceptably high electrical losses, severe voltage 
drops, and astronomical equipment cost. 


4. It is costly to change voltage level — not prohibitively so, for it is done throughout 
a power system (that’s what transformers do) — but voltage transformation is a 
major expense which does nothing to move the power any distance in and of 
itself. 


5. Power is more economical to produce in very large amounts. Claims by the 
advocates of modern distributed generators notwithstanding, there is a significant 
economy of scale in generation — large generators produce power more 
economically than small ones. Thus, it is most efficient to produce power at a 
few locations utilizing large generators.” 


3 The issue is more complicated than just a comparison of the cost of big versus small generation. In 
some cases, distributed generation provides the lowest cost overall, regardless of the economy of 
scale, due to constraints imposed by the T&D system. Being close to the customers, distributed 
generation does not require T&D facilities to move the power from generation site to customer. 
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6. Power must be delivered in relatively small quantities at a low (120 to 250 volt) 
voltage level. The average customer has a total demand equal to only 1/10,000 or 
1/100,000 of the output of a large generator. 


An economical T&D system builds upon these concepts. It must “pick up” power at a 
few, large sites (generating plants) and deliver it to many, many more small sites 
(customers). It must somehow achieve economy by using high voltage, but only when 
power flow can be arranged so that large quantities are moved simultaneously along a 
common path (line). Ultimately, power must be subdivided into “house-sized’” amounts, 
reduced to utilization voltage, and routed to each business and home via equipment whose 
compatibility with individual customer needs means it will be relatively quite inefficient 
compared to the system as a whole. 


Hierarchical Voltage Levels 


The overall concept of a:power delivery system layout that has evolved to best handle these 
needs and “truths” is one of hierarchical voltage levels as shown in Figure 1.2. 

As power is moved from generation (large bulk sources) to customer (small demand 
amounts) it is first moved in bulk quantity at high voltage — this makes particular sense 
since there is usually a large bulk amount of power to be moved out of a large generating 
plant. As power is dispersed throughout the service territory, it is gradually moved down to 
lower voltage levels, where it is moved in ever smaller amounts (along more separate paths) 
on lower capacity equipment until it reaches the customers. The key element is a “lower 
voltage and split’ concept. 

Thus, the 5 kW used by a particular customer — Mrs. Rose at 412 Oak Street in 
Metropolis City — might be produced at a 750 MW power plant more than three hundred 
miles to the north. Her power is moved as part of a 750 MW block from plant to city on a 
345 kV transmission line to a switching substation. Here, the voltage is lowered to 138 kV 
through a 345 to 138 kV transformer, and immediately after that the 750 MW block is 


Generating plant 


@@ 345 kV transmission im Switching substation N 
am 138 kV transmission {_] substation 
— 12.47 kV primary feeder ® service transformer 

+ 120/240 volt secondary . 


Figure 1.2 A power system is structured in a hierarchical manner with various voltage levels. A key 
concept is “lower voltage and split” which is done from three to five times during the course of power 
flow from generation to customer. 


Copyright © 2004 by Marcel Dekker, Inc. 


8 Chapter 1 


split into five separate flows in the switching substation buswork, each of these five parts 
being roughly 150 MW. Now part of a smaller block of power, Mrs. Rose’s electricity is 
routed to her side of Metropolis on a 138 kV transmission line that snakes 20 miles through 
the northern part of the city, ultimately connecting to another switching substation. This 138 
kV transmission line feeds power to several distribution substations along its route,’ among 
which it feeds 40 MW into the substation that serves a number of neighborhoods, including 
Mrs. Rose’s. Here, her power is run through a 138 kV/12.47 kV distribution transformer. 

As it emerges from the low side of the substation distribution transformer at 12.47 kV 
(the primary distribution voltage) the 40 MW is split into six parts, each about 7 MW, with 
each 7 MVA part routed onto a different distribution feeder. Mrs. Rose’s power flows along 
one particular feeder for two miles, until it gets to within a few hundred feet of her home. 
Here, a much smaller amount of power, 50 kVA (sufficient for perhaps ten homes), is 
routed to a service transformer, one of several hundred scattered up and down the length of 
the feeder. As Mrs. Rose's power flows through the service transformer, it is reduced to 
120/240 volts. As it emerges, it is routed onto the secondary system, operating at 120/240 
volts (250/416 volts in Europe and many other countries). The secondary wiring splits the 
50 kVA into small blocks of power, each about 5 kVA, and routes one of these to Mrs. 
Rose’s home along a secondary conductor to her service drops — the wires leading directly 
to her house. 

Over the past one hundred years, this hierarchical system structure has proven a most 
effective way to move and distribute power from a few large generating plants to a widely 
dispersed customer base. The key element in this structure is the “reduce voltage and split” 
function — a splitting of the power flow being done essentially simultaneously with a 
reduction in voltage. Usually, this happens between three and five times as power makes its 
way from generator to customers. 


1.5 LEVELS OF THE T&D SYSTEM 


As a consequence of this hierarchical structure of power flow from power production to 
energy consumer, a power delivery system can be thought of very conveniently as 
composed of several distinct levels of equipment, as illustrated in Each level 
consists of many units of fundamentally similar equipment, doing roughly the same job, but 
located in different parts of the system so as to “cover” the entire utility service territory. 
For example, all of the distribution substations are planned and laid out in approximately 
the same manner and do roughly the same job. All are composed of roughly similar 
equipment doing the same job. Some substations might be “larger” than others in both 
physical and capability terms — one could have four 50 MVA transformers and associated 
equipment, another only one 7 MVA transformer. But both perform the same function for 
their area of the system, taking incoming power from sub-transmission, lowering voltage, 
splitting the power flow, and routing it onto distribution feeders for delivery in the 
neighborhoods around them. These constitute a “level” of the system, because all the power 
delivered everywhere flows through one such substation; in every part of the utility system, 
there is a “local” substation whose function is to provide the power for the neighborhoods 
around it. Together, these substations constitute the “substation level” of the system. Their 
service areas fit together in a mosaic, each covering its piece of the service territory. 


* Transmission lines whose sole or major function is to feed power to distribution substations are often 


referred to as “sub-transmission” lines. 
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Figure 1.3 A T&D system consists of several levels of power delivery equipment, each feeding the 
one below it. 
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Likewise, the feeders the substations route power into are all similar in equipment 
type, layout, and mission, and all service transformers to which those feeders route power 
are similarly serving the same basic mission and are designed with similar planning goals 
and to similar engineering standards. 

Thus, power can be thought of as flowing “down” through these various levels, on its 
way from power production and the wholesale grid to the energy consumers. As it moves 
from the generation plants (system level) to the energy consumers, the power travels 
through the transmission level, to the sub-transmission level, to the substation level, onto 
and through the primary feeder level, and onto the secondary service level, where it finally 
reaches the customer. Each level takes power from the next higher level in the system and 
delivers it to the next lower level in the system. In almost all cases each flow of power is 
split into several paths at or shortly after the transition down to the next level. 

While each level varies in the types of equipment it has, its characteristics, mission, and 
manner of design and planning all share several common characteristics: 


e Each level is fed power by the one above it, in the sense that the next higher level 
is electrically closer to the generation. 


e Both the nominal voltage level and the average capacity of equipment drops from 
level to level, as one moves from generation to customer. Transmission lines 
operate at voltages of between 69 kV and 1,100 kV and have capacities between 
50 and 2,000 MW. By contrast, distribution feeders operate between 2.2 kV and 
34.5 kV and have capacities somewhere between 2 and 35 MW. 


e Each level has many more pieces of equipment in it than the one above. A system 
with several hundred thousand customers might have fifty transmission lines, one 
hundred substations, six hundred feeders, and forty thousand service 
transformers. 


e As a result, the net capacity of each level (number of units times average size) 
increases as one moves toward the customer. A power system might have 4,500 
MVA of substation capacity but 6,200 MVA of feeder capacity and 9,000 MVA 
of service transformer capacity installed.” 


e Reliability drops as one moves closer to the customer. A majority of service 
interruptions are a result of failure (either due to aging or to damage from severe 
weather) of transformers, connectors, or conductors very close to the customer, as 


shown in [Figure 1.4: 


gives statistics for a typical system. The net effect of the changes in average 
size and number of units is that each level contains a greater total capacity than the level 
above it — the service transformer level in any utility system has considerably more installed 
capacity (number of units times average capacity) than the feeder system or the substation 
system. Total capacity increases as one heads toward the customer because of non- 
coincidence of peak load (which will be discussed in and for reliability purposes. 


> This greater-capacity-at-every-lower-level characteristic is a deliberate design feature of most power 
systems, and required both for reliability reasons and to accommodate coincidence of load, which will 
be discussed in Chapter 3. 
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Figure 1.4 Ten years of customer interruptions for a large electric system, grouped by level of cause. 

- Interruptions due to generation and transmission often receive the most attention because they usually 
involve a large number of customers simultaneously. However, such events are rare whereas failures 
and interruptions at the distribution level create a constant background level of interruptions. 


Table 1.3 Equipment Level Statistics for a Medium-Sized Electric System 
Level Voltage Number Avg. Cap. Total Cap 


of System kV of Units MVA MVA 

Transmission 345, 138 12 150 1,400 
Sub-transmission 138, 69 25 65 1,525 
Substations 139/23.9, 69/13.8 45 44 1,980 
Feeders 23.9, 13.8 227 11 2,497 
Service Trans. 12, .24 60,000 05 3,000 
Secondary/Service 12, .24 250,000 014 3,500 
Customer 12 250,000 .005 1,250 


Figure 1.5 A network is an electrical system with more than one path between any two points, 
meaning that (if properly designed) it can provide electrical service even if any one element fails. 
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The Transmission Level 


The transmission system is a network of three-phase lines operating at voltages generally 
between 115 kV and 765 kV. Capacity of each line is between 50 MVA and 2,000 MVA. 
The term “network” means that there is more than one electrical path between any two 
points in the system (Figure 1.5). Networks are laid out in this manner for reasons of 
reliability and operating flow — if any one element (line) fails, there is an alternate route and 
power flow is (hopefully) not interrupted. 

In addition to their function in moving power, portions of the transmission system — the 
largest elements, namely its major power delivery lines — are designed, at least in part, for 
stability needs. The transmission grid provides a strong electrical tie between generators, so 
that each can stay synchronized with the system and with the other generators. This 
arrangement allows the system to operate and to function evenly as the load fluctuates and 
to pick up load smoothly if any generator fails — what is called stability of operation. (A 
good deal of the equipment put into transmission system design, and much of its cost, is for 
these stability reasons, not solely or even mainly for moving power.) 


The Sub-Transmission Level 


The sub-transmission lines in a system take power from the transmission switching stations 
or generation plants and deliver it to substations along their routes. A typical sub- 
transmission line may feed power to three or more substations. Often, portions of the 
transmission system — bulk power delivery lines, lines designed at least in part for stability 
as well as power delivery needs — do this too, and the distinction between transmission and 
sub-transmission lines becomes rather blurred. 

Normally, sub-transmission lines are in the range of capacity of 30 MVA up to perhaps 
250 MVA, operating at voltages from 34.5 kV to as high as 230 kV. With occasional 
exceptions, sub-transmission lines are part of a network grid — they are part of a system in 
which there is more than one route between any two points. Usually, at least two sub- 
fransmission routes flow into any one substation, so that feed can be maintatned if one 
fails. 


The Substation Level 


Substations, the meeting points between the transmission grid and the distribution feeder 
system, are where a fundamental change takes place within most T&D systems. The 
transmission and sub-transmission systems above the substation level usually form a 
network, as discussed above, with more than one power flow path between any two parts. 
But from the substation on to the customer, arranging a network configuration would 
simply be prohibitively expensive. Thus, most distribution systems are radial — there is only 
one path through the other levels of the system. 

Typically, a substation occupies an acre or more of land, on which the various necessary 
substation equipment is located. Substation equipment consists of high and low voltage 
racks and busses for the power flow, circuit breakers for both the transmission and 
distribution level, metering equipment, and the “control house,’ where the relaying, 
measurement, and control equipment is located. But the most important equipment — what 
gives this substation its capacity rating, are the substation transformers, which convert the 


° Radial feed -- only one line -- is used in isolated, expensive, or difficult transmission situations, 
but for reliability reasons is not recommended. 
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incoming power from transmission voltage levels to the lower primary voltage for 
distribution. 

Individual substation transformers vary in capacity, from less than 10 MVA to as much 
as 150 MVA. They are often equipped with tap-changing mechanisms and control 
equipment to vary their windings ratio so that they maintain the distribution voltage within 
a very narrow range, regardless of larger fluctuations on the transmission side. The 
transmission voltage can swing by as much as 5%, but the distribution voltage provided on 
the low side of the transformer stays within a narrow band, perhaps only + .5%. 

Very often, a substation will have more than one transformer. Two is a common 
number, four is not uncommon, and occasionally six or more are located at one site. Having 
more than one transformer increases reliability — in an emergency, a transformer can handle 
a load much over its rated load for a brief period (e.g., perhaps up to 140% of rating for up 
to four hours). Thus, the T&D system can pick up the load of the outaged portions during 
brief repairs and in emergencies. 

Equipped with from one to six transformers, substations range in “size” or capacity from 
as little as five MVA for a small, single-transformer substation, serving a sparsely 
populated rural area, to more than 400 MVA for a truly large six-transformer station, 
serving a very dense area within a large city. 

Often T&D planners will speak of a transformer unit, which includes the transformer 
and all the equipment necessary to support its use — “one-fourth of the equipment in a four- 
transformer substation.” This is a much better way of thinking about and estimating cost for 
equipment in T&D plans. For while a transformer itself is expensive (between $50,000 and 
$1,000,000); the buswork, control, breakers, and other equipment required to support its use 
can double or triple that cost. Since that equipment is needed in direct proportion to the 
transformer’s capacity and voltage, and since it is needed only because a transformer is 
being added, it is normal to associate it with the transformer as a single planning unit — add 
the transformer, add the other equipment along with it. 

Substations consist of more equipment, and involve more costs, than just the electrical 
equipment. The land (the site) has to be purchased and prepared. Preparation is non-trivial. 
The site must be excavated, a grounding mat (wires running under the substation to protect 
against an inadvertent flow during emergencies) laid down, and foundations and control 
ducting for equipment must be installed. Transmission towers to terminate incoming 
transmission must be built. Feeder getaways — ducts or lines to bring power out to the 
distribution system — must be added. 


The Feeder Level 


Feeders, typically either overhead distribution lines mounted on wooden poles or 
underground buried or ducted cable sets, route the power from the substation throughout its 
service area. Feeders operate at the primary distribution voltage. The most common primary 
distribution voltage in use throughout North America is 12.47 kV, although anywhere from 
4.2 kV to 34.5 kV is widely used. Worldwide, there are primary distribution voltages as low 
as 1.1 kV and as high as 66 kV. Some distribution systems use several primary voltages — 
for example 23.9 kV and 13.8 kV and 4.16 kV. 

A feeder is a small transmission system in its own right, distributing between 2 MVA to 
more than 30 MVA, depending on the conductor size and the distribution voltage level. 
Normally between two and 12 feeders emanate from any one substation, in what has been 
called a dendritic configuration — repeated branching into smaller branches as the feeder 
moves out from the substation toward the customers. In combination, all the feeders in a 


Copyright © 2004 by Marcel Dekker, Inc. 


14 Chapter 1 


power system constitute the feeder system (Figure 1.6). An average substation has between 
two and eight feeders, and can vary between one and forty. 

The main, three-phase trunk of a feeder is called the primary trunk and may branch into 
several main routes, as shown in the diagram. These main branches end at open points 
where the feeder meets the ends of other feeders — points at which a normally open switch 
serves aS an emergency tie between two feeders. 

In addition, each feeder will be divided, by normally closed switches, into several 
switchable elements. During emergencies, segments can be re-switched to isolate damaged 
sections and route power around outaged equipment to customers who would otherwise 
have to remain out of service until repairs were made. 

By definition, the feeder consists of all primary voltage level segments between the 
substations and an open point (switch). Any part of the distribution level voltage lines — 
three-phase, two-phase, or single-phase — that is switchable is considered part of the 
primary feeder. The primary trunks and switchable segments are usually built using three 
phases, with the largest size of distribution conductor (typically this is about 500-600 MCM 
conductor, but conductor over 1,000 MCM is not uncommon, and the author has designed 
and built feeders for special situations with up to 2,000 MCM conductor) justified for 
reasons other than maximum capacity (e.g., contingency switching). Often a feeder has 
excess capacity because it needs to provide back-up for other feeders during emergencies. 

The vast majority of distribution feeders worldwide and within the United States are 
overhead construction, wooden pole with wooden crossarm or post insulator. Only in dense 
urban areas, or in situations where esthetics are particularly important, can the higher cost 
of underground construction be justified. In this case, the primary feeder is built from 
insulated cable, which is pulled through concrete ducts that are first buried in the ground. 
Underground feeder costs from three to ten times what overhead does. 

Many times, however, the first several hundred yards of an overhead primary feeder are 
built underground even if the system is overhead. This underground portion is used as the 
feeder getaway. Particularly at large substations, the underground getaway 1s dictated by 
practical necessity, as well as by reliability and esthetics. At a large substation, ten or 12 


ae ae 
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] substation =— primary trunk 
@ closed switch — lateral branches 
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Figure 1.6 Distribution feeders route power away from the substation, as shown (in idealized form — 
configuration is never so evenly symmetric in the real world) for two substations. Positions of 
switches make the system electrically radial, while parts of it are physically a network. Shown here are 
two substations, each with four feeders. 
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three-phase, overhead feeders leaving the substation mean from 40 to 48 wires hanging in 
mid-air around the substation site, with each feeder needing the proper spacings for 
electrical insulation, safety, and maintenance. At a large-capacity substation in a tight 
location, there is simply not enough overhead space for so many feeders. Even if there is, 
the resulting tangle of wires looks unsightly and, perhaps most important, is potentially 
unreliable — one broken wire falling in the wrong place can disable a lot of power delivery 
capability. 

The solution to this dilemma is the underground feeder getaway, usually consisting of 
several hundred yards of buried, ducted cable that takes the feeder out to a riser pole, where 
it is routed above ground and connected to overhead wires. Very often, this initial 
underground link sets the capacity limit for the entire feeder — the underground cable 
ampacity is the limiting factor for the feeder's power transmission. 


The Lateral Level 


Laterals, short stubs or line segments that branch off the primary feeder, represent the final 
primary voltage part of the power's journey from the substation to the customer. A lateral is 
directly connected to the primary trunk and operates at the same nominal voltage. A series 
of laterals tap off the primary feeder as it passes through a community, each lateral routing 
power to a few dozen homes. 

Normally, laterals do not have branches, and many laterals are only one- or two-phase — 
all three phases are used only if a relatively substantial amount of power is required, or if 
three-phase service must be provided to some of the customers. Normally, single- and two- 
phase laterals are arranged to tap alternately different phases on the primary feeder, as 
shown below, in an attempt by the distribution planning engineer to balance the loads as 
closely as possible. 

Typically, laterals deliver from as little as 10 kVA for a small single-phase lateral to as 
much as 2 MVA. In general, even the largest laterals use small conductors (relative to the 
primary size). When a lateral needs to deliver a great deal of power, the planner will 
normally use all three phases, with a relatively small conductor for each, rather than employ 
a single-phase and use a large conductor. This approach avoids creating a significant 
imbalance in loading at the point where the lateral taps into the primary feeder. Power flow, 
loadings, and voltage are maintained in a more balanced state if the power demands of a 
“large lateral” are distributed over all three phases. 

Laterals (wooden poles) are built overhead or underground. Unlike primary feeders and 
transmission lines, single-phase laterals are sometimes buried directly. In this case, the 
cable is placed inside a plastic sheath (that looks and feels much like a vacuum cleaner 
hose), a trench is dug, and the sheathed cable is unrolled into the trench and buried. Directly 
buried laterals are no more expensive than underground construction in many cases. 


The Service Transformers 


Service transformers lower voltage from the primary voltage to the utilization or customer 
voltage, normally 120/240 volt two-leg service in most power systems throughout North 
America. In overhead construction, service transformers are pole mounted and single- 
phase, between 5 kVA and 166 kVA capacity. There may be several hundred scattered 
along the trunk and laterals of any given feeder; since power can travel efficiently only up 
to about 200 feet at utilization voltage, there must be at least one service transformer 
located reasonably close to every customer. 

Passing through these transformers, power is lowered in voltage once again, to the final 
utilization voltage (120/240 volts in the United States) and routed onto the secondary 
system or directly to the customers. In cases where the system is supplying power to large 
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commercial or industrial customers, or the customer requires three-phase power, between 
two and three transformers may be located together in a transformer bank and 
interconnected in such a way as to provide multi-phase power. Several different connection 
schemes are possible for varying situations. 

Underground service, as opposed to overhead pole-mounted service, is provided by 
padmount or vault type service transformers. The concept is identical to overhead 
construction, with the transformer and its associated equipment changed to accommodate 
incoming and outgoing lines that are underground. 


The Secondary and Service Level 


Secondary circuits, fed by the service transformers, route power at utilization voltage within 
very close proximity to the customer, usually in an arrangement in which each transformer 
serves a small radial network of utilization voltage secondary and service lines, which lead 
directly to the meters of customers in the immediate vicinity. 

At most utilities, the layout and design of the secondary level is handled through a set of 
standardized guidelines and tables, which are used by engineering technicians and clerks to 
produce work orders for the utilization voltage level equipment. In the United States, the 
vast majority of this system is single-phase. In European systems, much of the secondary is 
three-phase, particularly in urban and suburban areas. 


What Is Transmission and What !s Distribution? 


Definitions and nomenclature defining “transmission” and “distribution” vary greatly 
among different countries, companies, and power systems. Traditionally, three types of 
distinction between the two were made: 


By voltage class: transmission is anything above 34.5 kV; distribution is 
anything below that. 


By function: distribution includes all utilization voltage equipment, plus all 
lines that feed power to service transformers. 


By configuration: transmission includes a network; distribution is all the 
radial equipment in the system. 


Generally, all three definitions applied simultaneously, since in most utility systems, any 
transmission above 34.5 kV was configured as a network, and did not feed service 
transformers directly, while all distribution was radial, built of only 34.5 kV or below, and 
did feed service transformers. Substations — the meeting places of transmission lines 
(incoming) and distribution lines (outgoing) — were often included in one or the other 
category, but were sometimes considered as separate entities. 

Today, the terms are evolving to somewhat different meanings. “Transmission” is 
becoming synonymous with “wholesale level grid” while “distribution” means the “retail” 
or “service to native load” level.[Chapter 30} section 2, provides a discussion of modern 
interpretations and their use. 


1.6 UTILITY DISTRIBUTION EQUIPMENT 


The preceding section made it clear that a power delivery system is a very complex entity, 
composed of thousands, perhaps even millions, of components which function together as a 
T&D system. Each unit of equipment has only a small part to play in the system, and is only 
a small part of the cost, yet each is critical for satisfactory service to at least one or more 
customers, or it would not be included in the system. 
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T&D system planning is complex because each unit of equipment influences the 
electrical behavior of its neighbors, and must be designed to function well in conjunction 
with the rest of the system under a variety of different conditions, regardless of shifts in the 
normal pattern of loads or the status of equipment nearby. While the modeling and analysis 
of a T&D system can present a significant challenge, individually its components are 
relatively simple to understand, engineer, and plan. In essence, there are only two major 
types of equipment that perform the power delivery function: 


e transmission and distribution lines, which move power from one 
location to another 


e transformers, which change the voltage level of the power 


Added to these three basic equipment types are two categories of equipment used for 
a very good reason: 


e protective equipment, which provides safety and “fail safe” operation 


e voltage regulation equipment, which is used to maintain voltage within an 
acceptable range as the load changes. This monitoring and control 
equipment is used to measure equipment and system performance and feed 
this information to control systems so that the utility knows what the system 
is doing and can control it, for both safety and efficiency reasons. 


Transmission and Distribution Lines 


By far the most omnipresent part of the power distribution system is the portion devoted to 
actually moving the power flow from one point to another. Transmission lines, sub- 
transmission lines, feeders, laterals, secondary and service drops all consist of electrical 
conductors, suitably protected by isolation (transmission towers, insulator strings, and 
insulated wrappings) from voltage leakage and ground contact. It is this conductor that 
carries the power from one location to another. 

Electrical conductors are available in various capacity ranges, with capacity generally 
corresponding to the metal cross section (other things being equal, a thicker wire carries 
more power). Conductors can be all steel (rare, but used in some locations where winter ice 
and wind loadings are quite severe), all aluminum, copper, or a mixture of aluminum and 
steel]. Underground transmission can use various types of high-voltage cable. Capacity of a 
line depends on the current-carrying capacity of the conductor or the cable, the voltage, the 
number of phases, and constraints imposed by the line's location in the system. _ 

The most economical method of handling a conductor is to place it overhead, supported 
by insulators, on wooden poles or metal towers, suitably clear of interference or contact 
with persons or property. However, underground construction, while generally more costly, 
avoids esthetic intrusion of the line and provides some measure of protection from weather 
(it also tends to reduce the capacity of a line slightly due to the differences between 
underground cable and overhead conductor). Suitably wrapped with insulating material in 
the form of underground cable, the cable is placed inside concrete or metal ducts or 
surrounded in a plastic sheath. 

Transmission/sub-transmission lines are always three-phase — three separate conductors 
for the alternating current — sometimes with a fourth neutral (unenergized) wire. Voltage is 
measured between phases — a 12.47 kV distribution feeder has an alternating current 
voltage (RMS) of 12,470 volts as measured between any two phases. Voltage between any 
phase and ground is 7,200 volts (12.47 divided by the square root of three). Major portions 
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of a distribution system — trunk feeders — are as a rule built as three-phase lines, but lower- 
capacity portions may be built as either two-phase, or single-phase.’ 

Regardless of type or capacity, every electrical conductor has an impedance (a 
resistance to electrical flow through it) that causes voltage drop and electrical losses 
whenever it is carrying electric power. Voltage drop is a reduction in the voltage between 
the sending and receiving ends of the power flow. Losses are a reduction in the net power, 
and are proportional to the square of the power. Double the load and the losses increase by 
four. Thus, 100 kilowatts at 120 volts might go in one end of a conductor, only to emerge at 
the other as 90 kilowatts at 114 volts at the other end. Both voltage drop and losses vary in 
direct relation to load ~ within very fine limits if there is no load, there are no losses or 
voltage drop. Voltage drop is proportional to load — double the load and voltage drop 
doubles. Losses are quadratic, however — double the load and losses quadruple. 


Transformers 


At the heart of any alternating power system are transformers. They change the voltage and 
current levels of the power flow, maintaining (except for a very small portion of electrical 
losses) the same overall power flow. If voltage is reduced by a factor of ten from high to 
low side, then current is multiplied by ten, so that their overall product (voltage times 
current equals power) is constant in and out. 

Transformers are available in a diverse range of types, sizes, and capacities. They are 
used within power systems in four major areas: at power plants, where power which is 
minimally generated at about 20,000 volts is raised to transmission voltage (100,000 volts 
or higher); at switching stations, where transmission voltage is changed (e.g., from 345,000 
volts to 138,000 volts before splitting onto lower voltage transmission lines); at distribution 
substations, where incoming transmission-level voltage is reduced to distribution voltage 
for distribution (e.g., 138 kV to 12.47 kV); and at service transformers, where power is 
reduced in voltage from the primary feeder voltage to utilization level (12.47 kV to 120/240 
volts) for routing into customers’ homes and businesses. 

Larger transformers are generally built as three-phase units, in which they 
simultaneously transform all three phases. Often these larger units are built to custom or 
special specifications, and can be quite expensive — over $3,000,000 per unit, in some cases. 
Smaller transformers, particularly most service transformers, are single-phase — it takes 
three installed side by side to handle a full three-phase line’s power flow. They are 
generally built to standard specifications and bought in quantity. 

Transformers experience two types of electrical losses — no-load losses (often called 
core, or iron, losses) and load-related losses. No-load losses are electrical losses inherent in 
operating the transformer — due to its creation of a magnetic field inside its core — and occur 
simply because the transformer is connected to an electrical power source. They are 
constant, regardless of whether the power flowing through the transformer is small or large. 
Core losses are typically less than one percent of the nameplate rating. Only when the 
transformer is seriously overloaded, to a point well past its design range, will the core losses 
change (due to magnetic saturation of the core). 

Load-related losses are due to the current flow through the transformer's impedance and 
correspond very directly with the level of power flow — like those of conductors and cables 
they are proportional to current squared, quadrupling whenever power flow doubles. The 
result of both types of losses is that a transformer's losses vary as the power transmitted 
through it varies, but always at or above a minimum level set by the no-load losses. 


In most cases, a single-phase feeder or lateral has two conductors: the phase conductor and the neutral. 
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Switches 


Occasionally, it is desirable to be able to vary the connection of line segments within a 
power delivery system, particularly in the distribution feeders. Switches are placed at 
strategic locations so that the connection between two segments can be opened or closed. 
Switches are planned to be normally closed (NC) or normally open (NO), as was shown in 

Switches vary in their rating (how much current they can vary) and their load break 
capacity (how much current they can interrupt, or switch off), with larger switches being 
capable of opening a larger current. They can be manually, automatically, or remotely 
controlled in their operation. 


Protection and Protective Equipment 


When electrical equipment fails, for example if a line is knocked down during a storm, the 
normal function of the electrical equipment is interrupted. Protective equipment is designed 
to detect these conditions and isolate the damaged equipment, even if this means 
interrupting the flow of power to some customers. Circuit breakers, sectionalizers, and 
fused disconnects, along with control relays and sensing equipment, are used to detect 
unusual conditions and interrupt the power flow whenever a failure, fault, or other 
unwanted condition occurs on the system. 

These devices and the protection engineering required to apply them properly to the 
power system are not the domain of the utility planners and will not be discussed here. 
Protection is vitally important, but the planner is sufficiently involved with protection if he 
or she produces a system design that can be protected within standards, and if the cost of 
that protection has been taken into account in the budgeting and planning process. Both of 
these considerations are non-trivial. 

Protection puts certain constraints on equipment size and layout — for example in some 
cases a very large conductor is too large (because it would permit too high a short circuit 
current) to be protected safely by available equipment and cannot be used. In other cases, 
long feeders are too long to be protected (because they have too low a short circuit current 
at the far end). A good deal of protective equipment is quite complex, containing sensitive 
electro-mechanical parts (many of which move at high speeds and in a split-second manner) 
and depending on precise calibration and assembly for proper function. As a result, the cost 
of protective equipment and control, and the cost of its maintenance, is often significant — 
differences in protection cost can make the deciding difference between two plans. 


Voltage Regulation 


Voltage regulation equipment includes line regulators and line drop compensators, as well 
as tap changing transformers. These devices vary their turns ratio (ratio of voltage in to 
voltage out) to react to variations in voltage drop — if voltage drops, they raise the voltage; 
if voltage rises, they reduce it to compensate. Properly used, they can help maintain voltage 
fluctuation on the system within acceptable limits, but they can only reduce the range of 
fluctuation, not eliminate it altogether. 


Capacitors 


Capacitors are a type of voltage regulation equipment. By correcting power factor they can 
improve voltage under many heavy loads (hence large voltage drop) cases. Power factor is 
a measure of how well voltage and current in an alternating system are in step with one 
another. In a perfect system, voltage and current would alternately cycle in conjunction with 
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one another — reaching a peak, then reaching a minimum, at precisely the same times. But 
on distribution systems, particularly under heavy load conditions, current and voltage fall 
out of phase — both continue to alternate 60 times a second, but during each cycle voltage 
may reach its peak slightly ahead of current — there is a slight lag of current versus voltage, 
as shown in Figure 1.7. 

It is the precise, simultaneous peaking of both voltage and current that delivers 
maximum power. If out of phase, even by a slight amount, effective power drops, as does 
power factor — the ratio of real (effective) power to the maximum possible power (if voltage 
and current were locked in step). 

Power engineers refer to a quantity called VAR (Volt-Amp Reactive) that is caused by 
this condition. Basically, as power factors worsen (as voltage and current fall farther apart 
in terms of phase angle) a larger percent of the electrical flow is VARs, and a smaller part is 
real power. The frustrating thing is that the voltage is still there, and the current is still there, 
but because of the shift in their timing, they produce only VARs, not power. The worse the 
power factor, the higher the VAR content. Poor power factor creates considerable cost and 
performance consequences for the power system: large conductor is still required to carry 
the full level of current even though power delivery has dropped, and because current is 
high, the voltage drop is high, too, further degrading quality of service. 

Unless one has worked for some time with the complex variable mathematics associated 
with AC power flow analysis, VARs are difficult to picture. A useful analogy is to think of 
VARs as “electrical foam.” If one tried to pump a highly carbonated soft drink through a 
system of pipes, turbulence in the pipes, particularly in times of high demand (high flow) 
would create foam. The foam would take up room in the pipes, but contribute little of value 
to the net flow — the equivalent of VARs in an electrical system. 

Poor power factor has several causes. Certain types of loads create VARs — in simple 
terms loads which cause a delay in the current with respect to voltage as it flows through 
them. Among the worst offenders are induction motors, particularly small ones as almost 
universally used for blowers, air conditioning compressors, and the powering of conveyor 
belts and similar machinery. Under heavy load conditions, voltage and current can get out 
of phase to the point that power factor can drop below 70%. In addition, transmission 
equipment itself can often create this lag and “generate” a low power factor. 


VOLTAGE VOLTAGE 


CURRENT CURRENT 


Figure 1.7 Current and voltage in phase deliver maximum power (left). If current and voltage fall out 
of phase (right), actual power delivered drops by very noticeable amounts — the power factor falls. 
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Capacitors correct the poor power factor. They “inject” VARs into a T&D line to bring 
power factor close to 1.0, transforming VAR flow back into real power flow, regaining the 
portion of capacity lost to poor power factor. Capacitors can involve considerable cost 
depending on location and type. They tend to do the most good if put on the distribution 
system, near the customers, but they cost a great deal more in those locations than if 
installed at substations. 


1.7 T&D COSTS 


A T&D system can be expensive to design, build, and operate. Equipment at every level 
incurs two types of costs. Capital costs include the equipment and land, labor for site 
preparation, construction, assembly and installation, and any other costs associated with 
building and putting the equipment into operation. Operating costs include labor and 
equipment for operation, maintenance and service, taxes and fees, as well as the value of the 
power lost to electrical losses. Usually, capital cost is a one-time cost (once it’s built, the 
money's been spent). Operating costs are continuous or periodic. 

Electrical losses vary depending on load and conditions. While these losses are small by 
comparison to the overall power being distributed (seldom more than 8%), they constitute a 
very real cost to the utility, and the present worth of the lifetime losses through a major 
system component such as a feeder or transformer can be a significant factor impacting its 
design and specification, often more than the original capital cost of the unit. Frequently, a 
more costly type of transformer will be selected for a certain application because its design 
leads to an overall savings due to lower losses, or a larger capacity line (larger conductor) 
will be used than really needed due to capacity requirements, purely because the larger 
conductor will incur lower losses costs. 

Cumulatively, the T&D system represents a considerable expense. While a few 
transmission lines and switching stations are composed of large, expensive, and purpose- 
designed equipment, the great portion of the sub-transmission-substation-distribution 
system is built from “small stuff’ - commodity equipment bought mostly “off the shelf’ to 
standard designs. Individually inexpensive, they amount to a significant cost when added 
together. 


Transmission Costs 


Transmission line costs are based on a per mile cost and a termination cost at either end of 
the line associated with the substation at which it is terminated. Costs can run from as low 
as $50,000/mile for a 46 kV wooden pole sub-transmission line with perhaps 50 MVA 
capacity ($1 per kVA-mile) to over $1,000,000 per mile for a 500 kV double circuit 
construction with 2,000 MVA capacity ($.5/kVA-mile). 


Substation Costs 


Substation costs include all the equipment and labor required to build a substation, 
including the cost of land and easements/ROW. For planning ae aa substations can be 
thought of as having four costs: 


1. Site cost — the cost of buying the site and preparing it for a substation. 


2. Transmission cost — the cost of terminating the incoming sub-transmission 
lines at the site. 


Copyright © 2004 by Marcel Dekker, Inc. 


22 Chapter 1 


3. Transformer cost — the transformer and all metering, control, oil spill 
containment, fire prevention, cooling, noise abatement, and other 
transformer related equipment, along with typical buswork, switches, 
metering, relaying, and breakers associated with this type of transformer, 
and their installation. 


4. Feeder buswork/getaway costs — the cost of beginning distribution at the 
substation, includes getting feeders out of the substation. 


Often, as an expedient in planning, estimated costs of feeder buswork and getaways are 
folded into the transformer costs. The feeders to route power out of the substation are 
needed in conjunction with each transformer, and in direct proportion to the transformer 
capacity installed, so that their cost is sometimes considered together with the transformer 
as a single unit. Regardless, the transmission, transformer, and feeder costs can be estimated 
fairly accurately for planning purposes. 

Cost of land is another matter entirely. Site and easements or ROW into a site have a 
cost that is a function of local land prices, which vary greatly, depending on location and 
real-estate markets. Site preparation includes the cost of preparing the site (grading, 
grounding mat, foundations, buried ductwork, control building, lighting, fence, landscaping, 
and access road). 

Substation costs vary greatly depending on type, capacity, local land prices, and other 
variable circumstances. In rural settings where load density is quite low and minimal 
capacity is required, a substation may involve a site of only several thousand square feet of 
fenced area, a single incoming transmission line (69 kV), one 5 MVA transformer, fusing 
for all fault protection, and all “buswork” built with wood poles and conductor, for a total 
cost of perhaps no more than $90,000. The substation would be applied to serve a load of 
perhaps 4 MW, for a cost of $23/kW. This substation in conjunction with the system around 
it would probably provide service with about ten hours of service interruptions per year 
under average conditions. 

However, a typical substation built in most suburban and urban settings would be fed by 
two incoming 138 kV lines feeding two 40 MVA, 138 kV to 12.47 kV transformers, each 
feeding a separate low side (12.47 kV) bus, each bus with four outgoing distribution feeders 
of 9 MVA peak capacity, and a total cost of perhaps $2,000,000. Such a substation’s cost 
could vary from between about $1.5 million and $6 million, depending on land costs, labor 
costs, the utility equipment and installation standards, and other special circumstances. In 
most traditional vertically integrated, publicly regulated electric utilities, this substation 
would have been used to serve a peak load of about 60 MVA (75% utilization of capacity), 
which at its nominal $2,000,000 cost works out to $33/kW. In a competitive industry, with 
tighter design margins and proper engineering measures taken beforehand, this could be 
pushed to a peak loading of 80 MVA (100% utilization, $25/kW). This substation and the 
system around it would probably provide service with about two to three hours of service 
interruptions per year under average conditions. 


Feeder System Costs 


The feeder system consists of all the primary distribution lines, including three-phase trunks 
and their lateral extensions. These lines operate at the primary distribution voltage — 23.9 
kV, 13.8 kV, 12.47 kV, 4.16 kV or whatever — and may be three-, two-, or single-phase 
construction as required. Typically, the feeder system is also considered to include voltage 
regulators, capacitors, voltage boosters, sectionalizers, switches, cutouts, fuses, any intertie 
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transformers (required to connect feeders of different voltage at tie points, as, for example, 
23.9 and 12.47 kV) that are installed on the feeders (i.e., not at the substations or at 
customer facilities). 

As a rule of thumb, construction of three-phase overhead, wooden pole crossarm type 
feeders of normal, large conductor (about 600 MCM per phase) at a medium distribution 
primary voltage (e.g., 12.47 kV) costs about $150,000/mile. However, cost can vary greatly 
due to variations in labor, filing and permit costs among utilities, as well as differences in 
design standards and terrain. Where a thick base of topsoil is present, a pole can be installed 
by simply auguring a hole for the pole. In areas where there is rock close under the surface, 
holes have to be jack-hammered or blasted, and cost goes up accordingly. It is generally 
less expensive to build feeders in rural areas than in suburban or urban areas. Thus, while 
$150,000 is a good average cost, a mile of new feeder construction could cost as little as 
$55,000 in some situations and as much as $500,000 in others. 

A typical distribution feeder (three-phase, 12.47 kV, 600 MCM/phase) would be rated at 
a thermal (maximum) capacity of about 15 MVA and a recommended economic (design) 
peak loading of about 8.5 MVA peak, depending on losses and other costs. At 
$150,000/mile, this capacity rating gives somewhere between $10 to $15 per kW-mile as 
the cost for basic distribution line. Underground construction of three-phase primary is 
more expensive, requiring buried ductwork and cable, and usually works out to a range of 
$30 to $50 per kW-mile. 

Lateral lines ~ short primary-voltage lines working off the main three-phase circuit — are 
often single- or two-phase and consequently have lower costs but lower capacities. 
Generally, they are about $5 to $15 per kW-mile overhead, with underground costs of 
between $5 to $15 per kW-mile (direct buried) to $30 to $100 per kW-mile (ducted). 

Cost of other distribution equipment, including regulators, capacitor banks and their 
switches, sectionalizers, line switches, etc., varies greatly depending on the specifics of each 
application. In general, the cost of the distribution system will vary from between $10 and 
$30 per kW-mile. 


Service Level Costs 


The service, or secondary, system consists of the service transformers that convert primary 
to utilization voltage, the secondary circuits that operate at utilization voltage, and the 
service drops that feed power directly to each customer. Without exception these are very 
local facilities, meant to move power no more than a few hundred feet at the very most and 
deliver it to the customer “ready to use.” 

Many electric utilities develop cost estimates for this equipment on a per-customer 
basis. A typical service configuration might involve a 50 MVA pole-mounted service 
transformer feeding ten homes, as shown in Costs for this equipment might 
include: 


Heavier pole & hardware for transformer application $250 
50 kW transformer, mounting equipment, and installation $750 
500 feet secondary (120/240 volt) single-phase @ $2/ft. $1,000 
10 service drops including installation at $100 $1,000 

$3,000 


This results in a cost of about $300 per customer, or about $60/kW of coincident load. 
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lateral (primary) secondary 


service drops 


customer service transformer 


Figure 1.8 Here, a service transformer, fed from a distibution primary-voltage lateral, feeds in tum 
ten homes through secondary circuit operating at utilization voltage. 


Maintenance and Operating Costs 


Once put into service, T&D equipment must be maintained in sound, operating function, 
hopefully in the manner intended and recommended by the manufacturer. This will require 
periodic inspection and service, and may require repair due to damage from storms or other 
contingencies. In addition, many utilities must pay taxes or fees for equipment (T&D 
facilities are like any other business property). Operating, maintenance, and taxes are a 
continuing annual expense. 

It is very difficult to give any generalization of O&M&T costs, partly because they vary 
so greatly from one utility to another, but mostly because utilities account for and report 
them in very different ways. Frankly, the author has never been able to gather a large 
number of comparable data sets from which to produce even a qualitative estimate of 
average O&M&T costs.* With that caveat, a general rule of thumb: O&M&T costs for a 
power delivery system probably run between 1/8 and 1/30 of the capital cost, annually. 


The Cost to Upgrade Exceeds the Cost to Build 


One of the fundamental factors affecting design of T&D systems is that it costs more per 
kilowatt to upgrade equipment to a higher capacity than to build to that capacity in the 
original construction. For example, a 12.47 kV overhead, three-phase feeder with a 9 MW 
capacity (336 MCM phase conductor) might cost $120,000/mile to build ($13.33 per kW- 
mile). Building it with 600 MCM conductor instead, for a capacity of 15 MVA, would cost 
in the neighborhood of $150,000 ($10/kW-mile). 

However, upgrading an existing 336 MCM, 9 MW capacity line to 600 MCM, 15 MVA 
capacity could cost $200,000/mile — over $30 per kW-mile for the 6 MW of additional 
capacity. This is more expensive because it entails removing the old conductor and 


8 For example, some utilities include part of O&M expenses in overhead costs; others do not. A few 
report all repairs (including storm damage) as part of O&M; others accumulate major repair work 
separately. Still others report certain parts of routine service (periodic rebuilding of breakers) as a 
type of capital cost because it extends equipment life or augments capacity; others report all such 
work as O&M, even when the rebuilding upgrades capacity or voltage class. 
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installing new conductor along with brackets, crossarms, and other hardware required to 
support the heavier new conductor. Typically, this work is done hot (i.e., with the feeder 
energized), which means the work must be undertaken with extreme care and following a 
number of safety-related restrictions on equipment and labor. 

Thus, T&D planners have an incentive to look at their long-term needs carefully and to 
"overbuild” against initial requirements tf growth trends show eventual demand will be 
higher. The cost of doing so must be weighed against long-term savings, but often T&D 
facilities are built with considerable margin (50%) above existing load to allow for future 
load growth. 

The very high cost per kW for upgrading a T&D system in place creates one of the best 
perceived opportunities for DSM and DG reduction. Note that the capital cost/kW for the 
upgrade capacity in the example above ($33/kW) is nearly three times the cost of similar 
new capacity. Thus, planners often look at areas of the system where slow, continuing load 
growth has increased load to the point that local delivery facilities are considerably taxed as 
areas where DSM and DG can deliver significant savings. 

In some cases, distributed resources can reduce or defer significantly the need for T&D 
upgrades of the type described above. However, this does not assure a significant savings, 
for the situation is more complicated than an analysis of capital costs to upgrade may 
indicate. If the existing system (e.g., the 9 MW feeder) needs to be upgraded, then it is 
without a doubt highly loaded, which means its losses may be high, even off-peak. The 
upgrade to a 600 MCM conductor will cut losses 8,760 hours per year. Losses cost may 
drop by a significant amount, enough in many cases to justify the cost of the upgrade alone. 
The higher the annual load factor in an area, the more likely this is to occur, but it is often 
the case even when load factor is only 40%. However, DSM and in some cases DG also 
lower losses, making the comparison quite involved, as will be discussed later in this book. 


Electrical Losses Costs 


Movement of power through any electrical device, be it a conductor, transformer, regulator, 
or whatever, incurs a certain amount of electrical loss due to the impedance (resistance to 
the flow of electricity) of the device. These losses are a result of inviolable laws of nature. 
They can be measured, assessed, and minimized through proper engineering, but never 
eliminated completely. 


Losses are an operating cost 


Although losses do create a cost (sometimes a considerable one) it is not always desirable to 
reduce them as much as possible. Perhaps the best way to put them in proper perspective is 
to think of T&D equipment as powered by electricity — the system that moves power from 
one location to another runs on electric energy itself. Seen in this light, losses are revealed 
as what they are — a necessary operating expense to be controlled and balanced against 
other costs. 

Consider a municipal water department, which uses electric energy to power the pumps 
that drive the water through the pipes to its customers. Electricity is an acknowledged 
operating cost, one accounted for in planning and weighed carefully in designing the system 
and estimating its costs. The water department could choose to buy highly efficient pump 
motors, ones that command a premium price over standard designs but provide a savings in 
reduced electric power costs, and to use piping that is coated with a friction-reducing lining 
to promote rapid flow of water (thus carrying more water with less pump power), all toward 
reducing its electric energy cost. Alternatively, after weighing the cost of this premium 
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equipment against the energy cost savings it provides, the water department may decide to 
use inexpensive motors and piping and simply pay more over the long run. The point is that 
the electric power required to move the water is viewed merely as one more cost that had to 
be included in determining what is the lowest “overall” cost. 

It is the same for power — takes power to move power. Since electric delivery equipment 
is powered by its own delivery product, this point often is lost and losses are viewed 
entirely as a negative factor — a failure on the part of the system and its planners. However, 
losses are the energy required to power the system in its operation, and therefore just one 
other factor to be engineered among many other factors, and their costs, that can be traded 
against one another in the optimization of its design. In order to do its job of delivering 
electricity, a T&D system must be provided with power itself, just like the water 
distribution system. Energy must be expended to move the product. Thus, a transformer 
consumes a small portion of the power fed into it. In order to move power 50 miles, a 138 
kV transmission line similarly consumes a small part of the power given to it. 

Initial cost of equipment can always be traded against long-term losses costs. Highly 
efficient transformers can be purchased to use considerably less power to perform. their 
function than standard designs. Larger conductors can be used in any transmission or 
distribution line, which will lower impedance and thus losses for any level of power 
delivery. But both examples here cost more money initially — the efficient transformer may 
cost three times what a standard design does; the larger conductor might entail a need for 
not only large wire, but heavier hardware to hold it in place and stronger towers and poles 
to keep it in the air. In addition, these changes may produce other costs — for example, use 
of larger conductor not only lowers losses, but a higher fault duty (short circuit current), 
which increases the required rating and cost for circuit breakers. Regardless, initial 
equipment costs can be balanced against long-term losses costs through careful study of 
needs, performance, and costs to establish a minimum overall (present worth) cost. 


Load-related losses 


Flow of electric power through any device is accompanied by what are called load-related 
losses, which increase as the power flow (load) increases. These are due to the impedance 
of the conductor or device. Losses increase as the square of the load — doubling the power 
flowing through a device quadruples the losses. Tripling power flow increases the losses by 
nine. 

With very few exceptions, larger electrical equipment always has a lower impedance, 
and thus lower load-related losses, for any given level of power delivery. Hence, if the 
losses inherent in delivering 5 MW using 600 MCM conductor are unacceptably large, the 
use of 900 MCM conductor will reduce them considerably. The cost of the larger conductor 
can be weighed against the savings in reduced losses to decide if it is a sound economic 
decision. 


No-load losses 


“Wound” T&D equipment — transformers and regulators — have load-related losses as do 
transmission lines and feeders. But they also have a type of electrical loss that is constant, 
not a function of loading. No-load losses constitute the electric power required to establish a 
magnetic field inside these units, without which they would not function. Regardless of 
whether a transformer has any load — any power passing through it at all — it will consume a 
small amount of power, generally less than 1% of its rated full power, simply because it is 
energized and “ready to work.” No-load losses are constant, 8,760 hours per year. 
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Given similar designs, a transformer will have no-load losses proportional to its capacity 
— a 10 MVA substation transformer will have twice the no-load losses of a 5 MVA 
transformer of similar voltage class and design type. Therefore, unlike the situation with a 
conductor, selection of a larger transformer does not always reduce losses, because while 
the larger transformer will always have lower load-related losses, it will have higher no- 
load losses. . 

Again, low-loss transformers are available, but cost more than standard types. Lower- 
cost-than-standard, but higher-loss, transformers are also available, and often are a good 
investment for back-up and non-continuous use applications. 


The costs of losses 


The electric power required to operate the T&D system — the electrical losses — is typically 
viewed as having two costs, demand and energy. Demand cost is the cost of providing the 
peak capacity to generate and deliver power to the T&D equipment. A T&D system that 
delivers 1,250 MW at peak might have losses during this peak of 10O MW. This means the 
utility must have generation, or buy power at peak, to satisfy this demand, whose cost is 
calculated using the utility’s power production cost at time of peak load. This is usually 
considerably above its average power production cost. 

Demand cost also ought to include a considerable T&D portion of expense. Every 
service transformer in the system (and there are many) is consuming a small amount of 
power in doing its job at peak. Cumulatively, this might equal 25 MW of power — up to 1/4 
of all losses in the system. That power must not only be generated by the utility but 
transmitted over its transmission system, through its substations, and along its feeders to 
reach the service transformers. Similarly, the power for electrical losses in the secondary 
and service drops (while small, these are numerous and low voltage, so that their 
cumulative contribution to losses is noticeable) has to be moved even farther, through the 
service transformers and down to the secondary level. 

Demand cost of losses is the total cost of the capacity to provide the losses and move 
them to their points of consumption. Losses occur whenever the power system is in 
operation, which generally means 8,760 hours per year. While losses vary as the square of 
load, so they drop by a considerable margin off-peak. Their steady requirement every hour 
of the year imposes a considerable energy demand over the course of a year. This cost is the 
cost of the energy to power the losses. Example: Consider a typical 12.47 kV, three-phase, 
OH feeder, with 15 MW capacity (600 MCM phase conductor), serving a load of 10 MW at 
peak with 4.5% primary-level losses at peak (450 kW losses at peak), and having a load 
factor of 64% annually. Given a levelized capacity cost of power delivered to the low side 
bus of a substation of $10/kW, the demand cost of these losses is $4,500/year. Annual 
energy cost, at 3.5¢ /kWh, can be estimated as: 


450 kW losses at peak x 8,760 hours x (64% load factor)” x 3.5¢ = $56,500 


Thus, the losses’ costs (demand plus energy costs) for this feeder are nearly $60,000 
annually. At a present worth discount factor of around 11%, this means losses have an 
estimated present worth of about $500,000. This computation used a simplification — 
squaring the load factor to estimate load factor impact on losses — which tends to 
underestimate losses’ costs slightly. Actual losses costs probably would be more in the 
neighborhood of $565,000 PW. If the peak load on this feeder were run up to its maximum 
rating (about 15 MW instead of 10 MW) with a similar load factor of 64%, annual losses 


cost would increase to (15/10)2 or $1,250,000 dollars. This roughly two-to-one cost ratio is 
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Figure 1.9 Cost of power delivery varies depending on location. Shown here are the annual capacity 
costs of delivery evaluated on a ten-acre basis throughout a coastal city of population 250,000. Cost 
varies from a low of $85/kW to a high of $270/kW. 


common for feeders in many utility systems, which are: (1) designed with a considerable 
margin between expected peak load and their actual thermal (maximum continuous) 
capacity, for reasons of reliability margin (so that there is capacity to pick up customers on 
a nearby feeder should it go out of service), and (2) made large for economics reasons — 
usually losses are too expensive at close to the thermal limit of any conductor. This typical 
feeder would include perhaps four miles of primary trunk at $150,000/mile and thirty miles 
of laterals at $50,000/mile, for a total capital cost of about $2,100,000. Thus, total losses 
costs are on the order of magnitude of original cost of the feeder itself, and in cases where 
loading is high can approach that cost. Similar loss-capital relations exist for all other levels 
of the T&D system. 


Total of T&D Costs 
Table 1.4 shows the cost of providing service to a “typical” residential customer in an 


example power system. These figures are representative of all systems, but costs, practices, 
and accounting systems vary so that these are not general values applicable to all utilities. 


Table 1.4 Cost of Providing Service to a Typical Residential Customer 


Level Cost Components Cost 
Transmission 4kW x 100 miles x $.75/kW mile $300 
Substation 4kW x $60/KW $240 
Feeder 4kW x 1.5 miles x $10/kW-mile $60 
Service 1/10th of 50 kVA local service system $300 

Total Initial cost (Capital) $900 
All Operations, Maintenance, and Taxes (PW next 30 years) $500 
All Cost of electrical losses (PW next 30 years) $700 


Estimated cost of power delivery, 30 years, PW $2,100 
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1.8 TYPES OF DISTRIBUTION SYSTEM DESIGN 


There are three fundamentally different ways to lay out a power distribution system used by 
electric utilities, each of which has variations in its own design. As shown in Figure 1.10, 
radial, loop, and network systems differ in how the distribution feeders are arranged and 
interconnected about a substation. 


Radial Feeder Systems 


Most power distribution systems are designed to be radial, to have only one path between 
each customer and the substation. The power flows exclusively away from the substation 
and out to the customer along a single path, which, if interrupted, results in complete loss of 
power to the customer. Radial design is by far the most widely used form of distribution 
design, accounting for over ninety-nine percent of all distribution construction in North 
America. Its predominance is due to two overwhelming advantages: it is much less costly 
than the other two alternatives and it is much simpler in planning, design, and operation. 

In most radial plans, both the feeder and the secondary systems are designed and 
operated radially. Each radial feeder serves a definite service area (all customers in that area 
are provided power by only that feeder). Many radial feeder systems are laid out and 
constructed as networks, but operated radially by opening switches at certain points 
throughout the physical network configuration (shown earlier in Figure 1.6), so that the 
resulting configuration is electrically radial. The planner determines the layout of the 
network and the size of each feeder segment in that network and decides where the open 
points should be for proper operation as a set of radial feeders. 

A further attribute of many radial feeder system designs, although not essential, is the 
use of single-phase laterals. Throughout North America, most utilities use single- and two- 
phase laterals to deliver small amounts of power over short distances, rather than use all 
three phases. These laterals are also radial, but seldom, if ever, end in a switch (they just 
end). There are some utilities, particularly urban systems in Europe, Africa, and Asia, that 
build every part of the radial distribution system, including laterals, with all three phases. 

Each service transformer in these systems feeds power into a small radial system around 
it, basically a single electrical path from each service transformer to the customers nearby. 
Regardless of whether it uses single-phase laterals or not, the biggest advantages of the 
radial system configuration, in addition to its lower cost, is the simplicity of analysis and 
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Figure 1.10 Simplified illustration of the concepts behind three types of power distribution 
configuration. Radial systems have only one electrical path from the substation to the customer, loop 
systems have two, and networks have several. Arrows show most likely direction of electric flows. 
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predictability of performance. Because there is only one path between each customer and 
the substation, the direction of power flow is absolutely certain. Equally important, the load 
on any element of the system can be determined in the most straightforward manner — by 
simply adding up all the customer loads “downstream” from that piece of equipment. 

Before the advent of economical and widely available computer analysis, this alone was 
an overwhelming advantage, for it allowed simple, straightforward, “back of the envelope” 
design procedures to be applied to the distribution system with confidence that the resulting 
system would work well. The simplicity of analysis and confidence that operating behavior 
is strictly predictable are still great advantages. 

Because load and power flow direction are easy to establish, voltage profiles can be 
determined with a good degree of accuracy without resorting to exotic calculation methods; 
equipment capacity requirements can be ascertained exactly; fault levels can be predicted 
with a reasonable degree of accuracy; and protective devices — breaker-relays and fuses — 
can be coordinated in an absolutely assured manner, without resorting to network methods 
of analysis. Regulators and capacitors can be sized, located, and set using relatively simple 
procedures (simple compared to those required for similar applications to non-radial 
designs, in which the power flow direction is not a given). 

On the debit side, radial feeder systems are less reliable than loop or network systems 
because there is only one path between the substation and the customer. Thus, if any 
element along this path fails, a loss of power delivery results. Generally, when such a 
failure occurs, a repair crew is dispatched to re-switch temporarily the radial pattern 
network, transferring the interrupted customers onto another feeder, until the damaged 
element can be repaired. This minimizes the period of outage, but an outage still occurred 
because of the failure. . 

Despite this apparent flaw, radial distribution systems, if well designed and constructed, 
generally provide very high levels of reliability. For all but the most densely populated 
areas, or absolutely critical loads (hospitals, important municipal facilities, the utility's own 
control center) the additional cost of an inherently more reliable configuration (loop or 
network) cannot possibly be justified for the slight improvement that is gained over a well- 
designed radial system. 


Loop Feeder Systems 


An alternative to purely radial feeder design is a loop system, which has two paths between 
the power sources (substations, service transformers) and each customer. Such systems are 
often called "European" because this configuration is the preferred design of many 
European utilities. Equipment is sized and each loop is designed so that service can be 
maintained regardless of where an open point might be on the loop. Because of this 
requirement, whether operated radially (with one open point in each loop) or with closed 
loops, the basic equipment capacity requirements of the loop feeder design do not change. 

Some urban areas in Europe and Asia are fed by multiple hierarchical loop systems: a 
100+ kV sub-transmission loop routes power to several substations, out of which several 
loop feeders distribute power to service transformers, which each route powers through a 
long loop secondary. 

In terms of complexity, a loop feeder system is only slightly more complicated than a 
radial system — power usually flows out from both sides toward the middle, and in all cases 
can take only one of two routes. Voltage drop, sizing, and protection engineering are only 
slightly more complicated than for radial systems. 

But if designed thus, and if the protection (relay-breakers and sectionalizers) is also built 
to proper design standards, the loop system is more reliable than radial systems. Service 
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will not be interrupted to the majority of customers whenever a segment is outaged, because 
there is no “downstream” portion of any loop. 

The major disadvantage of loop systems is a higher capacity cost than purely radial 
distribution. A loop must be designed to meet all power and voltage drop requirements 
when fed from either end. It needs extra capacity on each end, and the conductor must be 
large enough to handle the power and voltage drop needs of the entire feeder if fed from 
either end. This makes the loop system inherently more reliable than a radial system, but the 
larger conductor and extra capacity increase its cost. 


Distribution Networks 


Distribution networks are the most complicated, most reliable, and in very rare cases also 
the most economical method of distributing electric power. A network involves multiple 
paths between all points in the network. Networks provide continuity of service (reliability) 
far beyond that of radial and loop designs: if a failure occurs in one line, power instantly 
and automatically re-routes itself through other pathways. 

Most distribution networks are underground systems, simply because they are employed 
mostly in high density areas, where overhead space is not available. Rarely is the primary 
voltage level a network, because that proves very expensive and often will not work well.” 
Instead, a "distribution network" almost always involves "interlaced" radial feeders and a 
network secondary system — a grid of electrically strong (i.e., larger than needed to just feed 
customers in the immediate area when everything is functioning) conductor connecting all 
the customers together at utilization voltage. In this type of design, the secondary grid is fed 
from radial feeders through service transfonners, basically the same way secondary is fed in 
radial or loop systems. The feeders are radial, but laid out in an interlaced manner — none 
has a sole service area, but instead they overlap, two or more feeding alternate transformers 
into a secondary network, as shown in While segments from two feeders 
always run parallel in any part of the system, the same two feeders never overlap for all of 
their routing. The essence of the interlaced system (and a design difficulty in any practical 
plan) is to mix up feeders so that each feeder partially parallels quite a few other feeders. 
Thus, if it fails, it spreads its load over quite a few other feeders Figure 1.19}. 

At a minimum, distribution networks use an interlacing factor of two, meaning that two 
feeders overlap in any one region, each feeding every other service transformer. But such a 

‘system will fail when any two feeders are out of service. Interlacing factors as high as five 

(five overlapping feeders, each feeding every fifth consecutive service transformer) have 
been built. Such systems can tolerate the loss of any three feeders (the other two in any area 
picking up the remaining load, although often very overloaded) without any interruption of 
customer service. If an element fails, the power flow in the elements around it merely re- 
distributes itself slightly. So slightly, in fact, that a real problem can be determining when 
failures occur. If the damage is not visible (most networks are underground systems) and no 
alarm or signal is given by monitoring equipment, the utility may not know a failure 
occurred until months later, when a second failure nearby puts a strain on the system or 
causes an outage. 

Networks are more expensive than radial distribution systems, but not greatly so in 
dense urban applications, where the load density is very high, where the distribution must 
be placed underground, and where repairs and maintenance are difficult because of traffic 


* Particularly if a feeder network is created by networking feeders out of different substations, this 
puts feeder paths in parallel with transmission between substations, which often results in 
unacceptable loop and circular flows and large dynamic shifts in load on the distribution system. 
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Figure 1.11 To obtain an interlacing factor of 2, two feeders are routed down each street, with 
alternating network transformers fed from each. 


and congestion, networks may cost little more than loop systems. Networks require little 
more conductor capacity than a loop system. The loop configuration required “double 
capacity” everywhere to provide increased reliability. A distribution network is generally 
no worse and often needs considerably less capacity and cost, if it is built to a clever design 
and its required capacity margins are minimized. 

Networks have one major disadvantage. They are much more complicated than other 
forms of distribution, and thus much more difficult to analyze and operate. There is no 
“downstream” side to each unit of equipment in a network or loop system. This complicates 
load estimation, power flow analysis, and protection planning. It makes maintenance and 
restoration more difficult in many cases. Loadings, power flow, and fault current ana 
protection must be determined by network techniques such as those used by transmission 
planners. 


NORMAL FEEDER #2 FAILED 
NORMAL FEEDER #2 FAILED 
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Figure 1.12 Top, a non-interlaced feeder system experiences the loss of one feeder, and all 
transformers in the lower right part of the system are lost — service is certain to be mterrupted. Bottom, 
the same system, but interlaced. Loss of the feeder is a serious contingency, but can be withstood 
because the feeder losses are distributed in such a way that each transformer out of service is 
surrounded by transformers stil] in service. 
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However, more involved calculation methods than those applied to transmission may be 
required, because a large distribution network can consist of 50,000 nodes or more — the 
size of the very largest transmission-level power pool. Distribution network load flows are 
often more difficult to solve than transmission systems because the range of impedances in 
the modeled circuits is an order of magnitude wider. 

In densely populated regions, such as the center of a large metropolitan area, networks 
are not inherently more expensive than radial systems designed to serve the same loads. 
Such concentrated load densities require a very large number of circuits anyway, so that 
their arrangement in a network does not inherently increase the number of feeder and 
secondary circuits, or their capacity requirements. It increases only the complexity of the 
design. But in other areas, such as in most cities and towns, and in all rural areas, a network 
configuration will call for some increase (in kVA-feet of installed conductor) over that 
required for a radial or loop design. The excess capacity cost has to be justifiable on the 
basis of reliability. 

Networks and types of network designs are discussed further in (Chapter 19,|section 6. 


Large-Trunk vs. Multi-Branch Feeder Layout 


Most distribution systems are radial, and that approach is most appropriate for the vast 
majority of situations. For that reason this book focuses primarily on radial system design. 
Figure 1.13 illustrates two different ways to lay out a radial distribution system, and 
illustrates a basic concept of distribution planning: flexibility of design. Each of the two 
configurations can be engineered to work in nearly any situation. Each has advantages and 
disadvantages in some Situations as compared to the other, but neither is always superior to 
the other in terms of reliability, cost, ease of protection, and service quality in all situations. 
Most planning engineers have a preference for one or the other — in fact, about 20% of 
utilities have standardized on the large-trunk design as their recommended guideline while 
another 20% prefer the multi-branch approach. Beyond showing that there are significantly 
different ways to lay out a distribution system, this brings to light an important point about 
distribution design: major differences in standards exist among electric utilities; as a result 
comparison of statistics or practice from one to the other is often not completely valid. 
These concepts and practices are discussed in greater detail in and {14. 


Figure 1.13 Two ways to route a radial feeder to 108 service transformers. Left, a “multi-branch" 
configuration. Right, a "large trunk” design. Either approach can always be made to do the job. 
Neither is a lower-cost or greater-reliability design under all conditions, although many utilities 
standardize or institutionalize practices around only one approach, thus losing some flexibility of 
approach in minimizing costs and improving reliability. 
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Figure 1.14 A power system is divided by substation service boundaries into a set of substation 
service areas, as shown. 


Substation and Feeder Service Areas 


As mentioned earlier, in most power systems, each substation is usually the sole provider of 
electrical service to the region around it — its service area. Similarly, feeders and 
distribution networks also have distinct service areas. Usually, the service area for a 
substation, feeder, or other unit of equipment is the immediate area surrounding it, and 
usually these service areas are contiguous (i.e. not broken into several parts) and exclusive — 
no other similar distribution unit serves any of the load in an area. An example, Figure 1.14 
shows a map of substation service areas for a rectangular portion of a power system. Each 
distribution substation exclusively serves all customers in the area containing it. 

Cumulatively, the customers in a substation’s or feeder's service territory determine its 
load, and their simultaneous peak demand defines the maximum power the substation must 
serve. Within a power system, each individual part, such as a substation or service 
transformer, will see its peak load at whatever time and in whatever season the customers in 
its service area generate their cumulative peak demand. One result of this is that the peak 
loads for different substations often occur at different seasons of the year or hours of the 
day. But whenever the peak occurs, it defines the maximum power the unit is required to 
deliver. Peak demand is one of the most important criteria in designing and planning 
distribution systems. Usually it defines the required equipment capacity. 


Dynamic Service Area Planning 


By making switching changes in the distribution system, it is possible to expand or shrink a 
substation or feeder’s service area significantly, increasing or decreasing its net load, or 
keeping is loading constant over time as the demand in a region gradually grows. Switching 
to “balance loading” is an important element of T&D planning, as illustrated in 
which shows a very typical T&D expansion situation. Two neighboring substations, A and 
B, each have a peak load near the upper limit of their reliable load-handling range. Load is 
growing slowly throughout the system, so that in each substation annual peak load is 
increasing at about 1 MW per year. Under present conditions, both will need to be upgraded 
soon. Approved transformer types, required to add capacity to each, are available only in 25 
MVA or larger increments, costing $500,000 or more. 
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Figure 1.15 Load in both substations is growing at about 1 MW per year. Each substation has 
sufficient capacity to handle present load within contingency criteria (a 25% margin above peak) but 
nothing more. By transferring load as shown, only one substation has to be reinforced with an 
additional (25 MVA) capacity, yet both end up with sufficient margin for another ten years’ growth. 
Service area shifts like this are how expansion costs are kept down in spite of the fact that equipment 
like transformers is available only in large, discrete sizes. 


Both substations do not need to be reinforced. A new 25 MVA transformer and 
associated equipment are added to substation A, increasing its ability to handle a peak load 
by about 20 MVA. Ten MW of substation B’s service area is then transferred to A. The 
result is that each substation has 10 MW of margin for continued load growth — further 
additions are not needed for 10 years. 

This type of planned variation in service areas is a major tool used to keep T&D 
expansion costs low, a key element in building a reliable, economical schedule of 
expansion. Optimization of this particular aspect of planning can be a challenge, not 
because of any inherent difficulty in analysis, but simply because there are so many parts of 
the system and constraints to track at one time. This is one reason for the high degree of 
computerization in distribution planning at many utilities. Balancing the myriad 
requirements of many substations and their design and operating constraints is an ideal 
problem for numerical optimization techniques. 


1.9 THE SYSTEMS APPROACH AND TWO-Q PLANNING 


One complication in determining the most economical equipment for a power system is that 
its various levels — transmission, substation, and distribution — are interconnected, with the 
distribution, in turn, connected to the customers. This means that the best size and 
equipment type at each level and location in the system is a function not only of the local 
load, but of the types of equipment selected for the other levels of the system nearby, their 
locations and characteristics, as well as the loads they serve. Thus, in general, T&D 
equipment is so interconnected that it is impossible to evaluate any one aspect of a system’s 
design without taking many others into account. 

For example, consider the question of substation spacing ~ determining how far apart 
substations should be, on average, for best utilization and economy. Within any utility 
system, if substations are located farther apart, there will be fewer of them, reducing the 


Copyright © 2004 by Marcel Dekker, Inc. 


36 Chapter 1 


cost of buying and preparing substation sites, as well as reducing the cost of building such a 
large number of substations. However, with fewer substations, each substation must serve a 
larger area of the system and will have a larger load, and thus require a larger capacity, 
meaning it must have more or larger transformers. Overall, this does tend to reduce the 
overall cost of the substation level, because there is an economy of scale to substations: one 
100 MVA site is less costly than two 50 MVA sties, etc. 

But that is not the end of the cost considerations; the aforementioned interrelationships 
mean transmission impacts must be considered. Larger substations will also require a larger 
amount of power to be brought to each one, which generally calls for a higher sub- 
transmission voltage. Yet, there will be fewer sub-transmission lines required (because 
there are fewer substations to which power must be delivered). All these aspects of layout 
are related — greater substation spacing calls for larger substations with bigger transformers, 
and a higher transmission voltage, but fewer lines are needed — and ail together can create 
better economies of scale if spacing is “optimized.” 

Furthermore, there is yet another set of interrelated impacts on the downstream side of 
the substation. The feeder system is required to distribute each substation's power through 
its service area, moving power out to the boundary between each substation’s service area 
and that of its neighbors. Moving substations farther apart means that the distribution 
system must move power, on average, a greater distance. Distributing power over these 
longer distances requires longer and more heavily loaded feeders. This in turn increases 
voltage drop and can produce higher losses, all of which can increase cost considerably. 
Employing a higher distribution voltage (such as 23.9 kV instead of 13.8 kV) improves 
performance and economy, but regardless it costs more to distribute power from a few large 
substations than from many smaller substations which will be closer together. 

The major point: All of these aspects of system design are interconnected: (1) substation 
spacing in the system, (2) size and number of substations, (3) sub-transmission voltage and 
design, and (4) distribution feeder voltage and design. One of these factors cannot be 
optimized without close evaluation of its interrelationship with the others. Therefore, 
determining the most cost-effective design involves evaluating the transmission-substation- 
feeder system design as a whole against the load pattern, and selecting the best combination 
of transmission voltage, substation transformer sizes, substation spacing, and feeder system 
voltage and layout. This economic equipment sizing and layout determination is based on 
achieving a balance between two conflicting cost relationships: 


Higher voltage equipment is nearly always more economical on a per-MW basis. 
Higher voltage equipment is available only in large sizes (lots of MW). 


In cases where the local area demands are modest, higher voltage equipment may be 
more expensive simply because the minimum size is far above what is required — the utility 
has to buy more than it needs. How these two cost relationships play against one another 
depends on the load, the distances over which power must be delivered, and other factors 
unique to each power system, such as the voltages at which power is delivered from the 
regional power pool and whether the system is underground or overhead. 

illustrates the difference that careful coordination of system design between 
levels of the power system can have in lowering overall cost. Shown are the overall costs 
from various combinations of T&D system layout for a large metropolitan utility in the 
eastern United States. Each line connects a set of cost computations for a system built with 
the same transmission and distribution voltages (e.g., 161 kV transmission and 13.8 kV 
distribution) but varying in substation sizes (and hence, implicitly, their spacing). 
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In all cases, the utility had determined it would build each substation with two equally 
sized transformers (for reliability), with none over 75 MVA (larger transformers are too 
difficult to move along normal roads and streets, even on special trailers). Either 161 kV or 
69 kV could be used as sub-transmission, either 23.9 kV or 13.8 kV could be used as 
distribution voltage. Any size transformer, from 15 MVA to 75 MVA, could be used, 
meaning the substation could vary from 30 MVA to 150 MVA in size. (Peak load of such 
substations can normally be up to 75% of capacity, for a peak load of from 23 to 100 MW.) 
Substation spacing itself is implicit and not shown. Given the requirement to cover the 
system, determining transmission voltage, distribution, and substation size defines the 
system design guidelines entirely. 

Overall, the ultimate lowest cost T&D system guidelines are to build 120 MVA 
substations (two 60 MVA transformers) fed by 161 kV sub-transmission and distributing 
power at 23.9 kV. This has a levelized cost (as computed for this utility) of about $179/kW. 
(Levelized and other time-versus-money concepts will be discussed in [Chapter 5). In this 
particular case, a high distribution voltage is perhaps the most important key to good 
economy — if 13.8 kV is used instead of 23.9 kV as the primary voltage, minimum 
achievable cost rises to $193/kW. 

The very worst design choices plotted in Figure 1.16, from an economic standpoint, 
would be to build 25 MVA substations fed by 161 kV sub-transmission and feeding power 
to 23.9 kV feeders ($292/kW). This would require many small substations, each below the 
effective size of both the transmission and distribution voltages used. Overall, 161 kV and 
23.9 kV are the correct choices for economy, but only if used in conjunction with a few, 
large substations. If substations are to be 25 MVA, then 69 kV and 13.8 kV do a much 
more economical job ($228/kW), but still don't achieve anything like the optimum value. 
The most important point: Achieving economy in power delivery involves coordinating the 
interactions, performance, and economies of the multiple system levels. 


cover the issues and techniques of coordinated multi-level planning. 


300 


161kV & 13.8kV 


a 
6S9KV & 23.9kV , 
ms * 


mn 
6OKV & 13.8KV™.. SE 


COST/kW of PEAK LOAD - $ 


161kV & 23.9kV 


0 50 100 150 
SUBSTATION CAPACITY - MVA 


Figure 1.16 Overall cost of T&D system depends on the balanced design of the sub-transmission, 


substation, and feeder level, as described in the text. Cost can vary by significant margins depending 
on how well performance and economy at various levels of the system are coordinated. 
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Two-Q Planning 


illustrates rigorously cost-conscious planning and engineering from within 
the traditional utility paradigm of focusing on capacity and assessing options on the basis 
of cost per kW served or cost per kVA of capacity. A complication of modern, non- 
traditional distribution planning is that reliability is often a key design element (see 
kection 1.3). Planners are challenged to reduce overall cost while achieving designs that 
achieve targets for both capacity and reliability. Planning methods and concepts that deal 
simultaneously with a distribution system’s quantity (demand and capacity) and quality 
(continuity of sufficient service — reliability) are labeled by the author as Two-Q methods. 

Traditional distribution planning and engineering was predominately “single-Q.” 
Reliability was addressed through the use of standards and was not a specific, targeted 
level of performance. Cost was minimized with respect to meeting capacity needs. The 
most economical design alternative from the capacity standpoint (as discussed above and 
illustrated in Figure 1.16) may not be the most reliable option, nor the alternative that 
offers the best “bang for the buck” from the standpoint of reliability. (The various 
systems depicted in Figure 1.16 do not all have the same level of reliability.) 

In general, due to the layout and behavior of radial distribution systems, lower voltage 
primary feeder systems have slightly better reliability statistics than higher voltage 
systems, other things being equal. Thus, a 12.5 kV primary distribution system will 
usually have slightly better reliability than a 25 kV system designed to serve the same 
area. A planner choosing between those two options would need to determine: 


if the difference in reliability between these different voltage options is important 
and worth any cost differential 


if any savings due to the lower cost of the higher voltage system (assuming that is 
the case) can be used to buy reliability improvement equipment such as reclosers 
and automation that will improve that option’s reliability so that it is equal or 
superior to that offered by the lower-voltage option 


The basic concept behind all Two-Q methods is to extend the planning analysis and 
evaluation, and cost minimization approaches, to cover the additional dimension of 
reliability from a performance standpoint. This means they plan and design systems to 
numerical reliability targets in addition to, as traditional methods do, planning and 
designing to numerical demand targets. Two-Q methodology does not mean any specific 
analytical method, but includes all methods that take this approach. 

show the Two-Q equivalent of the “single-Q” analysis shown in 
Figure 1.16. Two-dimensional analysis produces manifolds (surfaces) in a three 
dimensional space of cost versus reliability versus capacity, rather than lines on a plane 
(cost versus capacity). Figure 1.17 shows the results for one system type (69 kV and 13.8 
kV). shows a second type of system (161 and 23.9 kV) added, providing data 
to assemble Figure 1.19’s identification of situations where one or the other is least 
costly. This analysis is the Two-Q equivalent of the traditional cost-minimization system 
approach covered in Figure 1.16. With regard to Two-Q planning: 


Reliability is an issue in planning: Systems built to equivalent engineering 
standards (all of those depicted on the broad lines in Figures 1.17 and 1.18) do not 
give the same performance with respect to reliability. 


Achieving targeted levels of reliability means designing to constant reliability 
targets, not constant design standards. 
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Figure 1.17 Surface depicting the costs for a 161 — 13.8 kV system design standard for various 
substation capacities and optimized to meet various levels of SAIDI (system average interruption 
duration index) targets. The broad line represents the same set of systems as the 69+13.8 kV line in 
Figure 1.16,]standardized designs in which substation size varies. As shown these various options 
are not of constant reliability level, but vary from near 100 minutes to about 165 minutes SAIDI 
annually, with larger substation systems having worse reliability. 


Cost/kW of Peak Load $/kW 


SUBSTATION CAPACITY - MVA 


Figure 1.18 A second surface, depicting the costs for the 138 - 23.9 kV system design standard for 
various substation capacities and optimized to meet various levels of SAIDI (system average 
interruption duration index) targets. The most lightly shaded surface area shows the portion of the 
138-23.9 kV surface that has higher costs than 69-13.8 kV designs. 
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Figure 1.19 Projection of the lowest cost areas of the two surfaces leads to this information, 
(heavily shaded area) depicting situations where the 69-13.8 kV design paradigm is less costly than 
the 161-23.9 kV one. 


Planning that includes reliability is considerably more complicated than traditional 
planning that minimizes cost/kW. 


Reliability can be managed in company with cost and traditional design goals. 


Two-Q types of techniques are becoming standard in the power industry, as more and 
more utility commissions regulate utility performance with respect to both profit and 
customer service quality. Various procedures and analytical methods exist to address 
reliability and produce the types of information shown in through 1.19. These 
will be discussed in much more detail in and 


Are Two-Q Methods Reliability Improvement 
or Cost-Reduction Techniques? 


For the most part, Two-Q methods can be viewed as cost reduction methods for modern 
electric delivery utilities, rather than as reliability improvement methods. Traditional 
electric distribution planning methods and practices achieved largely satisfactory levels of 
customer service reliability through the use of design, equipment, and operating standards. 
Adherence to these standards was expected to provide “good reliability,” and in the vast 
majority of cases it did. But use of rigid standards was not always optimal from a cost 
standpoint. Standards would sometimes lead to facilities that were “overbuilt” from the 
standpoint of reliability, and often a standard would call for more expense than minimally 
necessary. By contrast, Two-Q eschews rigid standards for equipment and design, in favor 
of rigid numerical standards (quantitative targets) for reliability. This requires more 
complicated analysis and planning methods, but usually leads to lower cost designs to 
achieve the targeted levels of reliability. Two-Q spends less in situations where that cost 
reduction will not affect reliability. The majority of applications of Two-Q are for reducing 
the cost of achieving satisfactory, and rather traditional, levels of reliability. For this reason 
it is perhaps most proper to view Two-Q as predominately a cost reduction methodology. 

Two-Q methods can and are also used in situations where reliability must be augmented, 
either because the traditional design is not working out, or because much better reliability 
than traditional levels is needed. In either case, it again minimizes the cost to achieve the 
required reliability. Therefore, again, it is a cost-minimizing technique. 

Of course, Two-Q, by achieving designs that meet quantitative reliability targets, does 
help produce more consistent reliability performance and assure targeted levels are more 
likely to be reached, so it is also legitimately a way of improving reliability beyond that 
given by traditional approaches. 
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1.10 SUMMARY OF KEY POINTS 


A transmission and distribution system moves power from a utility’s power production and 
purchase points to its customers. The T&D system’s mission of delivering power to the 
customers means that it must be composed of equipment spread throughout the service 
territory, arranged locally so that capacity is always in proportion to local electrical demand, 
with the facilities in each neighborhood sized and configured both to fit well into the whole 
and to serve the local needs. In the authors’ opinion, engineering a system to meet this 
challenge is seldom easy, but engineering a system to do so at the minimum possible cost is 
always extremely challenging. 

A T&D system is composed of several interconnected, hierarchical levels, each of 
which is required for completion of the power delivery task. These levels are: 


¢ transmission 

¢ sub-transmission 
¢ substation 

¢ feeder 

* secondary 

* customer 


To a certain extent, the burden of power delivery, and costs, can be shifted from one 
level to another through changes in the specifications of equipment, lay-out standards, and 
design of the various levels. For example, costs can be pared at the substation level by using 
fewer, larger substations, but this means feeders in each substation area will have to carry 
power farther, and perhaps carry more power per feeder as well, increasing feeder costs. 
Low overall design cost is achieved by balancing these factors. The performance and 
economy, and thus the design, of a power system are dominated by a number of constraints 
due to physical laws, and further shaped by a number of practical considerations with 


regard to equipment, layout, and operating requirements. The more important of these are 
listed in |Table 1.5] and discussed below. 


Three Basic Requirements Dominate T&D Planning 
The T&D system must cover ground 


This is the rule about T&D — ultimately the electric system must “run a wire” to every 
customer. A significant portion of the cost of a distribution system, perhaps 25%, is due to 
this requirement alone, independent of the amount of peak load, or energy supplied, or 
reliability required. Although this requirement does not create the majority of costs, the 
author considers it the single most important aspect of T&D because it is most responsible 
for dictating the character of the system requirements and for shaping the constraints and 
challenges facing power delivery planners. 


The T&D system must have sufficient capacity to meet peak demand 


The T&D system must be designed not to meet average loading conditions, but to handle 
peak demand levels, even if those last only a few hours a year. The requirement for 
capacity to meet peak demands, above and beyond the minimum levels needed just to 
“cover ground,” is responsible for about 25-40% of the cost of most T&D systems, but 
generally does not contribute much to design challenges or constraints. 
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Table 1.5 One-Page Summary of Chapter 1 


A T&D system must cover ground. 

A T&D system must have sufficient capacity to meet peak demand. 

A T&D system must achieve reliability on the order of 99.975% or better. 

Six “natural laws” shape the character of T&D systems and their equipment. 
1. Itis more economical to move power at high voltage than at low voltage. 


2. The higher the voltage, the greater the capacity and the greater the cost of 
otherwise similar equipment. 


3. Utilization voltage is useless for the transmission of power. 
4. {tis costly to change voltage level. 


5. Power is more economical to produce in very large amounts. Claims by the 
advocates of modern distributed generators notwithstanding, there is a 
significant economy of scale in generation — large generators produce 
power more economically than small ones. Thus, it is most efficient to 
produce power at a few locations utilizing large generators. 


6. Power must be delivered in relatively small quantities at low (120 to 250 
volts) voltage levels. 


A power distribution system consists of multiple “levels”: sub-transmission, 
substation, feeder, and service. 


The systems approach — planning and engineering the four levels of the system 
as a whole — is a key element of good planning; a power delivery system’s parts 
cannot be viewed in isolation, particularly if one desires to truly minimize cost. 


Electrical equipment is available only in certain discrete sizes. Planners must 
build their systems with transformers, breakers, cables, and other “building 
blocks” that are available only in discrete sizes such as 15, 25, 40, and 60 MVA. 


Dynamic service area re-assignment through switching is a power tool for 
maintaining high utilization of facilities while accommodating the fact that only 
discrete equipment sizes are available, ultimately reducing cost if used well. 


The cost per kW to upgrade existing facilities is usually greater than the cost 
per kW to build it initially. Often it makes economic sense to install more 
capacity than needed in order to avoid upgrade costs later on. 


Peak demands are non-coincident — they do not all occur at the same time. 


Electrical losses can create a significant cost, often greater over the lifetime of 
the equipment than the cost of the equipment and its care, even when these long- 
term losses costs are discounted using valid time-value-of-money methods. 


Reliability was traditionally obtained through standards that specified 
contingency margins and design features. 


Reliability is increasingly achieved in modern systems by “designing” to 
specific targets using reliability-based engineering methods. 
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Electrical connectivity must be maintained at very high levels of reliability 


Reliability on the order of 99.975% or better — less than two hours out of service per year — 
is typically required in most distribution systems built in first- and second-world countries. 

This requires protection, sectionalizing, and control equipment, along with redundant 
capacity, and operations resources. All told, this requirement for high reliability is 
responsible for roughly 50% of the cost of most T&D systems. It is thus the most 
important cost element in modern power systems and also creates design and cost-reduction 
challenges. 


Six Natural Laws of Power Delivery 


The physical phenomena and the natural laws that govern their behavior, along with the 
realities of power delivery needs, produce six “laws” or fundamental truths that shape T&D 
system layout and performance. 


1. It is more economical to move power at high voltage. The higher the voltage, the 
lower the cost per kilowatt to move power any distance. 


2. The higher the voltage, the greater the capacity and the greater the cost of 
otherwise similar equipment. Thus, high voltage lines, while potentially 
economical, cost a great deal more than low voltage lines, but have a much 
greater capacity. They are only economical in practice if they can be used to 
move a lot of power in one block — they are the giant economy size, but while 
always giant, they are only economical if one truly needs the giant size. 


3. Utilization voltage is useless for the transmission of power. The 120/240 volt 
single-phase utilization voltage used in the United States, or even the 250 
volt/416 volt three-phase used in “European systems” is not equal to the task of 
economically moving power more than a few hundred yards. The application of 
these lower voltages for anything more than very local distribution at the 
neighborhood level results in unacceptably high electrical losses, severe voltage 
drops, and astronomical equipment cost. 


4. It is costly to change voltage level — not prohibitively so, for it is done throughout 
a power system (that’s what transformers do) — but voltage transformation is a 
major expense, which does nothing to move the power any distance in and of 
itself. 


5. Power is more economical to produce in very large amounts. Claims by the 
advocates of modern distributed generators notwithstanding, there is a significant 
economy of scale in generation — large generators produce power more 
economically than small ones. Thus, it is most efficient to produce power at a 
few locations utilizing large generators. 


6. Power must be delivered in relatively small quantities at low (120 to 250 volts) 
voltage levels. The average customer has a total demand equal to only 1/10,000 
or 1/100,000 of the output of a large generator. 


Multiple, Interconnected Levels 


A power distribution system consists of four identifiable “levels:” sub-transmission, 
substation, feeder, and service. Together, these comprise a highly interconnected 
system with the electrical and economic performance at one level heavily dependent on 
design, siting, and other decisions at another level. To a certain extent the T&D system 
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must be planned and designed as a whole; its parts cannot be viewed in isolation, 
particularly if planners desire to minimize cost. 


Discrete Equipment Sizes 


In many cases equipment is available only in certain discrete sizes. For example, 69 
kV/12.47 kV transformers may be available only in 5, 10, 20, and 22 MVA sizes. 
Usually, there is a large economy of scale — the installed cost of a 20 MVA unit being 
considerably less than two times that fora 10 MVA unit. 


Dynamic Service Area Assignment Is a Powerful Planning Tool 


Linearity of expansion costs by and utilization in the face of upgrades that are only 
available in discrete sizes is obtained by arranging service areas. Given that a substation 
can be built in only one of several discrete sizes, the planner obtains an economical 
match of capacity to load by varying service areas. When reinforced with new capacity 
additions, a substation might pick up load of surrounding substations, effectively 
spreading the capacity addition among several substations. 


Cost to Upgrade Is Greater than Cost to Build 


For example, one mile of a 12.47 kV, three-phase feeder using 600 MCM conductor (15 
MW thermal capacity) might cost $150,000 to build, and one mile of 9 MW feeder (336 
MCM conductor) might cost only $110,000. But the cost to upgrade the 336 MCM 
feeder to 600 MCM wire size at a later date would be about $130,000, for a cumulative 
total of $240,000. Therefore, one aspect of minimizing cost is to determine size for 
equipment not on the basis of immediate need, but by assessing the eventual need and 
determining whether the present worth of the eventual savings warrants the investment 
in larger size now. 


Peak Demands Are Non-Coincident 


Not all customer loads occur at the same time. This has a number of effects. First, peak 
load in different parts of the utility system may occur at different times. Second, the 
system peak load will always be less than the sum of the peak loads at any one level of 
the system — for example in more power systems the sum of all substation peak loads 
usually exceeds system total peak by 3-8%. This diversity of peak loads means that 
considerable attention must be paid to the pattern and timing of electric load if 
equipment needs (and consequently costs) are to be minimized. 


Losses Cost Can Be Significant 


In some cases, the present worth of future losses on a line or heavily loaded transformer can 
exceed its total capital cost. In most cases, this does not happen. But in most cases, the 
present worth of losses is greater than the difference in cost between most of the choices 
available to the planner, meaning that losses are a major factor to be considered in 
achieving overall least-cost design. 


Reliability Was Traditionally Obtained Through Standards that 
Specified Contingency Margins and Design Features 


T&D reliability was traditionally “designed into” distribution systems by the use of 
design, equipment, and operating “standards” — actually not standards in any legal or 
regulatory sense, but rather hard guidelines set up by the utility. These specified 
specific ways to lay out and design facilities, defined what type and how equipment was 
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to be used, called for specific amounts of redundant capacity and specified how it was to 
be used, and laid out operating policies and rules. They assured that satisfactory levels 
of reliability were achieved (if not, then the “standards” were raised). 


Reliability Is Increasingly Achieved by “Designing” to Specific 
Targets Using Reliability-Based Engineering Methods 


Standards-driven reliability design, the traditional approach, can achieve good reliability 
performance, but such an approach often “overbuilds” or applies equipment and 
configuration in less than an optimally useful manner. In some cases much more cost 
effective use of funds can be accomplished by shifting to reliability-based standards 
(numerical targets) and designing to those rather than employing hard and fast 
guidelines (standards). Such planning is more complicated and costly but results in both 
more assurance that reliability targets will be met and a savings in cost. 
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Consumer Demand and 
Electric Load 


2.1 THE TWO Qs: QUANTITY AND QUALITY OF POWER 


Electric consumers require power, whether delivered from the utility grid or generated 
locally by distributed sources, in order to help accomplish the uses for which they need 
energy. Their need for electric power, and the value they place upon its delivery to them, 
has two interrelated but fundamentally separate dimensions. These are the two Qs: quantity, 
the amount of power needed, and quality, the most important aspect of which is usually 
dependability of supply (reliability of power supply, or availability as it is often called). The 
relative importance of these two features varies from one consumer to another depending 
on their individual needs, but each consumer finds value in both the amount of power he 
obtains and its availability as a constant, steady source that will be there whenever needed. 

This chapter discusses demand and use of electric power as seen from the consumer’s 
standpoint: the utility’s job is to satisfy consumer needs as fully as possible within 
reasonable cost constraints. Cost is very much an important aspect to consumers too, so 
both the utility and the consumer must temper their plans and desires with respect to power 
and reliability based on real world economics. Energy consumers do not get everything they 
want, only what they are willing to pay for. Utilities should not aim to provide flawless 
service, which would be prohibitively expensive, but instead aim to provide the highest 
level possible within economic constraints of the consumers’ willingness to pay. 

This chapter begins, in section 2.2, with a discussion of electric load, the quantity of 
usage of a consumer, and its “cause,” consumer demand for the end-use of electrical 
appliances. That section continues with how demand varies as a function of consumer type 
and end-use, and how power demand is represented in electric system studies using load 
curves and load duration curves. Section 2.3 then discusses reliability and availability as 
seen by the consumers and ways this can be characterized and studied. Section 2.4 covers 
concepts about variation in customer needs and the value customers obtain from electric 
service. Section 2.5 briefly reviews Two-Q analysis and planning concepts and their 
application to consumer load analysis. Finally, section 2.6 provides a summary of key 
points. 
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Quantity and Quality of Power Are Both 
important Aspects of Consumer Value 


The amount of power used and the dependability of its availability for use as the consumer 
wants are both important attributes in determining the value of the electric power to that 
consumer. The value of each, quantity and quality, is somewhat independent of the value 
attached to the other. In order to demonstrate this, it is worth considering two nearly 
ubiquitous appliances, which happen to represent opposite extremes of valuation in each of 
these dimensions: the electric water heater and the personal computer. 

A typical residential storage water heater stores about 50 gallons of hot water and has a 
relatively large connected load compared to most household appliances: about 5,000 watts 
of heating element controlled by a thermostat. Its contribution to coincident peak hourly 
demand in most electric systems is about 1,500 watts. The average heater’s thermostat has 
it operating about 30% of the time (1,500/5,000) during the peak hour. 

Despite its relatively high demand for quantity, this appliance has a very low 
requirement for supply quality. A momentary interruption of electric flow to this device — 
on the order of a minute or less — is literally undetectable to anyone using it at that moment. 
Interruptions of up to an hour usually create little if any disruption in the end-use the device 
provides, which is why direct load control of water heaters is an “economy discount” option 
offered by many utilities. Similarly, the water heater is not critically dependent on other 
aspects of power quality: it will tolerate, and in fact turn into productive heat, harmonics, 
spikes, and other “unwanted” contamination of its supply. 

By contrast, a typical home computer requires much less quantity, about 180 watts. But 
unlike the water heater, it is rendered useless during any interruption of its power supply. 
Just one second without power will make it cease operation. Battery backup power 
supplies, called uninterruptible power supplies, can be used to avoid this problem, but at an 
increase in the computer’s initial and operating cost. In addition, a computer is more 
sensitive to harmonics, voltage dips, and other power quality issues than a water heater. 
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Figure 2.1 Electrical appliances vary in the amount of electricity they demand and the level of 
continuity of service they require to perform their function adequately. 
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shows these two appliances, and several other household devices, plotted on 
a two-dimensional basis according to the relative importance of quantity and continuity of 
service in determining their successful operation. Traditionally, “demand” has been viewed 
only as a requirement for quantity of power, but as can be seen the true value of electric 
service depends on both dimensions of delivery. Recognition of this fact is the great driver 
in moving the electric industry toward “tiered rates,” “premium rates,” and other methods 
of pricing power not only by amount and time of use, but reliability of delivery. 

Such evaluation, in two dimensions, is particularly important in many distributed 
generation (DG) planning situations, because DG’s emphasis can be tailored, from site 
designs that provide mostly additional reliability and voltage support (quality) to those that 
provide mostly capacity (quantity) with low quality, if that is what is needed. A majority of 
the DG units that are already installed worldwide were tailored to provide quality. They 
were designed and put in place as “back-up” generation units and are seldom operated. 
They provide improved quality of power at their site, not additional capacity. 


2.2 QUANTITY OF POWER DEMAND: ELECTRIC LOAD 


The term load refers to the electrical demand of a device connected to and drawing power 
from the electric system in order to accomplish some task, e.g., opening a garage door, or 
converting that power to some other form of energy, such as a light. Such devices are called 
appliances, whether they are a commonly regarded household item, e.g., a refrigerator, 
lamp, garage door opener, paper shredder, electric fence to keep cattle confined, etc. To the 
consumer, these appliances convert electricity into the end product. Consumer desires for 
the end products of these devices is the root cause of the load — the reason it exists at all. 
But the electric service planner can view this relation from the other direction: a particular 
appliance (e.g., a heat pump) is a device for transforming a demand for a specific end-use 
(warm or cool air) into electric load. 

Electrical loads are usually rated or measured by the amount of power they need, in 
units of real volt-amperes, called watts. Large loads are measured in kilowatts (thousands of 
watts) or megawatts (millions of watts). Power ratings of loads and T&D equipment refer to 
the device at a specific nominal voltage. The electric load, measured in watts as seen by the 
system, is very much a function of the characteristics of these electric machines. Their load 
— the electrical burden they place on the system as they operate — is what the distribution 
system sees and what it exists to serve. The schedule of loads — when an appliance is 
operating — is a function of consumer schedules and demand. Lights create load when 
homeowners and business people need lighting. Televisions create a load when viewers are 
watching them. Dishwashers use power when turned on. 

But the load is also a function of the devices themselves and can vary depending on the 
size and type of device. Lighting is a good example. Illumination can be provided by 
incandescent lights, fluorescent tubes, halogen lights, various types of vapor, or LED lights. 
For the same purpose, each would have different electric loads and characteristics. A table 
lamp providing 1100 lumens of light would create a load of 75, 62, or 18 watts depending 
on if it was using an incandescent, halogen, or compact fluorescent bulb. 


Constant Power, Constant Current, and Constant Impedance Loads 


The load of an electric device is rated at its nominal voltage, but many electric appliances 
and devices have an electric load that varies as the supply voltage is varied. Generally, 
loads are grouped into three categories depending on how their demand varies as a function 
of voltage, constant power (demand is constant regardless of voltage), as a constant current 
(demand is proportional to voltage), or as a constant impedance (power is proportional to 


Copyright © 2004 by Marcel Dekker, Inc. 


50 Chapter 2 


voltage squared). The load at a particular consumer or in a particular area might be a 
mixture of all three. 

Incandescent lighting, resistive water heaters, stovetop and oven cooking loads, and 
many other loads are constant impedance loads. On a feeder with a 7.5% voltage drop 
from substation to feeder end (the maximum permitted under typical “range A” voltage 
drop criteria — see and P22) a constant impedance load will vary by up to 
14.5% depending on where it is located on the feeder. The same set of incandescent lights 
that create 1 kW of load at the feeder head would produce only .855 kW at the feeder 
end. 

Electric motors, regulated power supplies, and some other loads are constant power — 
basically as the voltage drops, the devices make up for that loss by drawing more current, 
so the voltage times current product remains constant. Thus, 1 kW constant power is 1 kW 
at 1.0 per unit voltage, at .97 PU, and at .925 PU (1e., at the maximum voltage drop 
permitted under typical range A voltage drop limits of 7.5%). In addition to actual constant 
power loads, all loads downstream of a tap-changing transformer appear to the power 
system as relatively constant power loads and are generally modeled in this manner. 

There are a small number of devices that are constant current loads. They draw power in 
proportion to the voltage. Thus, a load that is 1 kW at 1.0 PU voltage is .95 kW at .95 PU 
and 1.1 kW at 1.1 PU. Some types of welding units, smelting, and electroplating processes 
are constant current loads. However, constant current loads constitute a small minority of 
electric devices. Constant current loads are sometimes used in distribution studies, however, 
because they represent the aggregate behavior of a mixture of constant impedance and 
constant power loads. Figure 2.2 shows the load versus voltage characteristics for 1 kW 
loads of all three types. 

Electric loads are almost always represented as at nominal voltage. Constant impedance, 
power, and current loads of 1,000 watts all create exactly that level of demand at 1.0 PU 
voltage, although they would differ at other voltages; the three loads depicted in Figure 2.2 
are all 1.0 kW loads at 1.0 P.U. voltage, but differ in load level at other voltages because of 
their different voltage sensitivities. 
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Figure 2.2 Actual demand for power created by “one kilowatt” of each of the three types of load, as a 
function of voltage supplied to them. 
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Given a feeder with a 7.5% voltage drop from substation to feeder end, a constant 
impedance load will vary by up to 14.5% depending on where it is located on the feeder. 
The same constant impedance load that creates 1 kW of demand at the feeder head would 
produce only .855 kW at the feeder end. By contrast, a 1 kW constant power load will 
produce 1 kW of demand anywhere on the feeder. Incandescent lighting, resistive water 
heaters, and electric stoves and ranges and many other household loads are constant 
impedance loads. Induction motors, controlled power supplies, as well as loads downstream 
of any tap-changing transformer in a power system appear to the power system as relatively 
constant power loads and are generally modeled in this manner. Very few loads are 
constant current, although a 50/50 mixture of power and impedance loads looks very much 
like and can be modeled as “constant current.” 

There are situations where it is quite important to model the voltage sensitivity of load 
correctly. Detailed modeling of load characteristics can become quite complicated as shown 
in There are basically nine elements to the electric load at a node: three types of 
load for each of three phases. Generally, when modeled in detail, loads are represented with 
a type and load represented at nominal (1.0 PU) voltage. Thus, a 1 kW constant power load 
is referred to as “1 KW, constant power” and constant impedance load that produces 1 kW 
at 1.0 PU is referred to as a “1 kW, constant impedance load.” 

From a practical standpoint, it is not necessary to model constant current loads. 
However, the distinction between constant power and constant impedance loads is 
important. Since voltage drop on a feeder depends very much on the Joad, the manner of 
representing load is critical to computing voltage drop accurately. 

For example, a three-phase 12.47 kV line built with 336 MCM phase conductor (a 
typical suburban overhead distribution trunk) can serve a 10.72 MW constant impedance 
load at a distance of two miles, while staying just within “range A” 7.5% voltage drop 
limits. The “10.72 MW constant impedance load” will create a demand of only 9.36 MW 
due to the voltage drop (9.36 MW = (1 - 075) x 10.72 MW). Thus, the feeder stays within 
voltage criteria if serving a “10.72 MW constant impedance load.” However, voltage drop 
rises to 8.59 volts, more than a volt beyond what the criteria permit if the load is a 10.72 
MW constant power load. 

The cost of writing and putting into place software to represent loads as constant power, 
constant impedance, or any mixture thereof in distribution engineering tools (load flows) is 
minor, but the cost of obtaining good data for such a model is not. Usually, the data are 
estimated, in one of two ways: 


1. All loads, except special ones, are designated as a default mixture of power 
and impedance loads. In the absence of measured results to the contrary, the 
recommended general rule of thumb is to use a 60/40 constant 
power/constant impedance mixture for summer peak loads, and a 40/60 split 
for winter peak loads. 


2. The proportion of constant power and constant impedance loads at each 
location in the power system is estimated based on a spatial end-use 
appliance model. 


' A 50/50 mix of constant voltage and constant power loads represents a constant current load within 
4% over the range .9 to 1.1 PU. 
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2 D = Qec, X(v/V) S 


D = Ween X(v/V)° 


Figure 2.3 Shown here, the load between the two end nodes consists of three types of loads — 
constant power, constant current, and constant impedance, designated as P, Q, and W respectively. 
Conceivably each could have a distinctly different power factor. So whether entered as load and 
power factor, real and imaginary load, or magnitude and angle, this load model requires six data input 
values for this one load. From a practical standpoint, without loss of real accuracy, the model can be 
simplified and data requirements reduced to twelve values, by deleting the constant current 
representations and representing any constant current loads as a mixture of the other two types. 


The load of most individual consumers, and thus in any small area, is a mixture of 
types. Industrial areas are most typically closest to constant power loads (about 80/20 
constant power/constant impedance). Residential areas with very strong summer-peaking 
loads usually have a 70/30 split of constant power/constant impedance load, while 
winter-peaking residential areas, or those summer-peaking areas with low summer load 
densities per household (little air conditioning), tend to have a mix closer to 30/70 
constant power/constant impedance loads. Commercial areas are usually about 50/50 or 
60/40 constant power/constant impedance loads. In rural and residential areas of 
developing countries, and commercial areas in economically depressed regions, loads 
generally tend to be about 20/80 constant power/constant impedance. 


Linking Load-Voltage Characteristic Models to End-Use Models 


Often, the best way to study the load characteristics in a region is to use the end-use load 
approach that will be covered in section 3.3. End-use appliance categories are 
used to identify what portion of a consumer’s demand has what type of electric voltage 
sensitivity. For example, electric water heaters and incandescent lighting, both purely 
resistive loads, are constant impedance loads. Heat pumps and air conditioners, being motor 
loads, are constant power, etc. A dishwasher (heating elements and a motor) is a cross 
between the two. Few loads outside the industrial sector are ever constant-current loads. 
(For that matter, few industrial loads are constant current, usually only certain types of 
facilities in which electric current is used for driving chemical processes like electro- 
plating, electrolysis, etc., in what is essentially a large, controlled-current process.) 


Transient Load Characteristics 


The models referred to here and used in virtually all planning studies are steady state 
models of load behavior. They represent the long-term characteristics of the load. For 
example, in the long term an induction motor is pretty much a constant power load; reduce 
voltage to it by 3% and it will draw about 3% more current in order to try to maintain its 
mechanical output. But in the instants following a change in voltage, there may be a 
transient load response, in which the motor or other device would react differently for a 
moment. For example, a motor connected to a large rotating mass — rotational inertia — 
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might not instantly react with a 3% current increase when voltage is reduced by 3%. It 
might gradually react over a few moments, eventually reaching a 3% current increase. In 
other cases, “constant power” electronic circuits will in fact draw more current for an 
instant if voltage is increased, before transitioning to a lower level of current draw. These 
types of transient load models are often indispensable for stability and voltage collapse 
analysis, but are not needed in day-to-day expansion planning and optimization studies. 


Electric Power Is Bought for End-Uses 


No consumer wants electric energy itself. Consumers want the products it can provide — a 
cool home in summer, hot water on demand, compressed air for manufacturing, electronic 
robotic factory control, cold beer in the ‘fridge, and football on color TV. Electricity is only 
an intermediate means to some end-use. These different goals and needs are called end- 
uses, and they span a wide range of applications. Some end-uses are unique to electric 
power (the authors are aware of no manufacturer of natural-gas powered TVs, stereos, or 
computers), but for many other end-uses, electricity is only one of several possible energy 
sources (water heating, home heating, cooking, clothes drying). In many other end-uses, 
electricity is so convenient that it enjoys a virtual monopoly, even though there are 
alternatives, e.g., gasoline-powered refrigerators and natural gas for interior lighting and for 
air conditioning. 

Each end-use is satisfied through the application of appliances or devices that convert 
electricity into the desired end product. For example, with lighting a wide range of 
illumination devices are used, including incandescent bulbs, fluorescent tubes, sodium 
vapor, high-pressure monochromatic gas-discharge tubes, and, in special cases, lasers. Each 
type of lighting device has differences from the others that give it an appeal to some 
consumers or for certain types of applications. Regardless, each requires electric power to 
function, creating an electric load when it is activated. Similarly, for other end-uses, such as 
space heating, there are various types of appliances, each with advantages or disadvantages 
in initial cost, operating efficiency, reliability and maintenance, noise and vibration, or other 
aspects. Each produces an electric load when used to produce heat for a home or business. 


Load Curves and Load Curve Analysis 


The electric load created by any one end-use usually varies as a function of time. For 
example, in most households, demand for lighting is highest in the early evening, after 
sunset but before most of the household members have gone to bed. Lighting needs may be 
greater on weekends, when activity lasts later into the evening, and at times of the year 
when the sun sets earlier in the day. Some end-uses are quite seasonal. Air-conditioning 
demand generally occurs only in summer, being greatest during particularly hot periods and 
when family activity is at its peak, usually late afternoon or very early evening. 

The result of this varying demand for the products of electricity application is a 
variation in the demand for power as a function of time. This is plotted as a load curve, 
illustrated in a diagram that shows how load varies as a function of time. 
Typically, the value of most interest to the planners is the peak load (maximum amount 
of power that must be delivered). The load curve defines, directly or indirectly, the 
capacity requirements for equipment; the minimum load and the time it occurs; the total 
energy, area under the curve that must be delivered during the period being analyzed; and 
the load value at the time of system peak load. 
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Figure 2.4 End-use demand. Right, average demand for BTU of cooling among houses in the 
author’s neighborhood in Cary, NC on a typical weekday in early June. Left, lighting lumens used by 
a retail store on a typical weekday in early June. 
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Figure 2.5 Electric demand for each class varies hourly and seasonally, as shown here, with a plot of 
average coincident load for residential users in central Florida. 
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Figure 2.6 Electric peak demand of a utility in the southeastern United States, broken down by 
consumer class, and within the residential class by contribution to peak for the major uses for which 
electricity is purchased at time of peak by the residential class. 
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Figure 2.7 Different consumer classes have different electrical demand characteristics, particularly 


with regard to how demand varies with time. Here are summer peak day load curves for the three 
major classes of consumer from the same utility system. 
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Load curve shape is a function of consumer demand, or when homeowners and 
businesses are using power. Thus, load varies by time of day and time of year. 
shows daily load curves for a utility system in Florida, illustrating how electric load varies 
over a day, and how winter and summer days vary in profile. The difference in shape and 
peak level (winter is about 5% higher than summer in this case) is due to varying consumer 
needs. 


Consumer classes 


Different types of consumers purchase electricity. About half of all electric power is used in 
residences, which vary in the brands and types of appliances they own and their daily 
activity patterns. Another fourth is consumed by commercial businesses, both large and 
small, that buy electricity, having some similar end-uses to residential consumers (heating 
and cooling and illumination), but that have many needs unique to commercial functions 
(cash register/inventory systems, escalators, office machinery, neon store display lighting, 
parking lot lighting). Finally, mdustrial facilities and plants buy electricity to power 
processes such as pulp heating, compressor and conveyor motor power, and a variety of 
manufacturing applications. As a result, the load on an electric system is a composite of 
many consumer types and appliance applications. shows this breakdown of the 
peak electrical load for a typical power system by consumer class and end-use category 
within one class. 


Consumer class load curves 


Electric utilities usually distinguish between consumers based on the type of activity they 
perform — residential, commercial, industrial — those categories often broken into various 
subclasses. Usually pricing, or the rates charged for electricity, is different for each class. 
Load is often tracked for each class, as shown in 


Details of Load Curve Measurement 


Demand and demand periods 


“Demand,” as normally used in electric load analysis and engineering, is the average value 
of electric load over a period of time known as the demand interval. Very often, demand is 
measured on an hourly basis as shown in but it can be measured on any interval 
basis — seven seconds, one minute, 30 minutes, daily, and monthly. The average value of 
power during the demand interval is given by dividing the kilowatt-hours accumulated 
during the demand interval by the length of the interval. Demand intervals used for 
measuring and defining peak demand vary among power companies, but those commonly 
used in collecting data and billing consumers for “peak demand” are 15, 30, and 60 
minutes. Generally, if no period is explicitly defined, demand is on an hourly basis. 

Load curves may be recorded, measured, or applied over a specific period of time. For 
example, a load curve might cover one day. If recorded on an hourly demand basis, the 
curve consists of 24 values, each the average demand during one of the 24 hours in the day, 
and the peak demand is the maximum hourly demand seen in that day. 

Load data are also gathered and used on a monthly basis and on an annual basis in 
various activities within a utility. In some cases, load curve data may be recorded on an 
hourly basis, but not really represent demand. This is the case with discrete sampling of a 
type that will be discussed in for example load curves sampled once an hour for 
only a second each time. The measurement captures not the total energy — average usage — 
during the hour, but only that for a brief period at the top of each hour. 
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Figure 2.8 Demand on an hourly basis for one day and the actual load curve (solid black line) 
metered on a minute by minute basis, for a feeder segment serving 53 homes. 


Hourly Load Curve Re-ordered as load duration curve 
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Figure 2.9 The hourly demand samples in a 24-hour load curve are reordered from greatest 
magnitude to least to form a daily load duration curve. 
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Figure 2.10 Annual load duration curve for a commercial site with a 90 kW peak demand, from an 
reliability study of two distributed generation (DG) units of 40 and 60 kVA capacity respectively. As 
shown here, the demand exceeds 40 kW, the capacity of the smaller of two units, 2,800 hours a year. 
During those 2,800 hours, adequate service can be obtained only if both units are operating. 
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Load factor 


Load factor is the ratio of the average to the peak demand. The average load is the total 
energy used during the entire period (e.g., a day, a year) divided by the number of demand 
intervals in that period (e.g., 24 hours, 8,760 hours). The average is then divided by the 
maximum demand to obtain the load factor: 


Load Factor _ oe 2. 


Peak Demand 


Average Demand kW 5 
~ Peak Demand kW o) 
kWh in period (2.3) 


7 (Peak kW in period) x (Hours in period) 


Load factor gives the extent to which the peak load is maintained during the period under 
study. A high load factor means the load is at or near peak a good portion of the time. 


Load Duration Curves 


A convenient way to study load behavior is to order the demand samples from greatest to 
smallest, rather than as a function of time, as in The two diagrams consist of the 
same 24 numbers in a different order. Peak load, minimum load, and energy (area under the 
curve) are the same for both. 


Annual load duration curves 


Most often, load duration curves are produced on an annual basis, reordering all 8,760 
hourly demands (or all 35,040 quarter hour demands if using 15-minute demand intervals) 
in the year from highest to lowest, to form a diagram like that shown in The 
load shown was above 26 kW (demand minimum) for all 8,760 hours in the year. It was 
never above 92 kW, its peak, but was above 40 kW for 2,800 hours. 

Load duration curve behavior will vary as a function of the level of the system. The load 
duration curves for small groups of consumers will have a greater ratio of peak to minimum 
than similar curves for larger groups due to coincidence of load effects (see Chapter 3). 
Those for very small groups (e.g., one or two consumers) will also have a pronounced 
“blockiness,”’ consisting of plateaus — many hours of similar demand level (at least if the 
load data were sampled at a fast enough rate). The plateaus correspond to combinations of 
major appliance loads. The ultimate “plateau” load duration curve would be a load duration 
curve of a single appliance, for example a water heater that operated a total of 1,180 hours 
during the year. This appliance’s load duration curve would show only two load levels: no 
load and full load, without any values in between. 
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Figure 2.11 Left, map showing types of consumer by location for a small city. Right, map of electric 
demand for this same city. 


Spatial Patterns of Electric Demand 


An electric utility must not only produce or obtain the power required by its consumers, but 
also must deliver it to their locations. Electric consumers are scattered throughout the utility 
service territory, and thus the electric load can be thought of as distributed on a spatial basis 
as depicted in Figure 2.11. Just as load curves show how electric load varies as a function of 
time (and can help identify when certain amounts of power must be provided), so spatial 
load analysis helps identify where load growth will be located and how much capacity will 
be needed in each locality. 

The electric demand in an electric utility service territory varies as a function of location 
depending on the number and types of consumers in each locality, as shown by the load 
map in Figure 2.11. Load densities in the heart of a large city can exceed | MW/acre, but 
usually average about 5 MW per square mile over the entire metropolitan area. In sparsely 
populated rural areas, farmsteads can be as far as 30 miles apart, resulting in load density as 
low as 75 watts per square mile. and give more details in typical load 
densities in various types of areas. Regardless of whether an area is urban, suburban, or 
rural, electric load is a function of the types of consumers, their number, their uses for 
electricity, and the appliances they employ. Other aspects of power system performance, 
including capability, cost, and reliability, can also be analyzed on a locational basis, an 
often important aspect of siting for facilities, including DG. 


2.3 ELECTRIC CONSUMER DEMAND FOR QUALITY OF POWER 


As mentioned in this chapter’s introduction, a central issue in consumer value of service 
analysis is matching availability and power quality against cost. T&D systems with near 
perfect availability and power quality can be built, but their high cost will mean electric 
prices the utility consumers may not want to pay, given the savings an even slightly less 
reliable system would bring. All types of utilities have an interest in achieving the correct 
balance of quality and price. The traditional, franchised monopoly utility, in its role as the 
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“electric resource manager” for the consumers it serves, has a responsibility to build a 
system whose quality and cost balances its consumers’ needs. A competitive retail 
distributor of power wants to find the best quality-price combination, only in that way will 
it gain a large market share. 

While it is possible to characterize various power quality problems in an engineering 
sense, characterizing them as interruptions, voltage sags, dips, surges, or harmonics the 
consumer perspective is somewhat different. Consumers are concerned with only two 
aspects of service quality: 


1. They want power when they need it. 
2. They want the power to do the job. 


If power is not available, neither aspect is provided. However, if power is available, but 
quality is low, only the second is not provided. 


Assessing Value of Quality by Studying the Cost of a Lack of It 


In general, consumer value of reliability and service quality are studied by assessing the 
“cost” that something less than perfect reliability and service quality creates for consumers. 
Electricity provides a value, and interruptions or poor power quality decrease that value. 
This value reduction (cost) occurs for a variety of reasons. Some costs are difficult, if not 
impossible, to estimate. An hour-long interruption that began fifteen minutes from the end 
of a crucial televised sporting event like the Superbowl, or the end of a “cliffhanger” prime 
time movie, would garner considerable complaint. 

But often, very exact dollar figures can be put on interruptions and poor power quality: 
food spoiled due to lack of refrigeration; wages and other operating costs at an industrial 
plant during time without power; damage to product caused by the sudden cessation of 
power; lost data and “boot up” time for computers; equipment destroyed by harmonics; and 
so forth. Figure 2.12 shows two examples of such cost data. 


Present Worth Reduction - % 


05 1530 45 60 7590 7) 10 20 30 


Interruption Duration - Minutes Total Harmonic Voltage Distortion - % 


Figure 2.12 Left, cost of a weekday interruption of service to a pipe rolling plant in the southeastern 
United States, as a function of interruption duration. Any internuption costs at least $5,000, the cost to 
unload material in process, bring machinery back to “starting” position and restart it. In addition to 
that minimum interruption cost there is a “delay duration” cost that is the product of the interruption 
time and the plant’s fixed hourly operating cost (about $7,500/hour). At mght, present worth of the 
loss of life caused by harmonics in a 500 horsepower three-phase electric motor installed at that same 
industnal site, as a function of harmonic voltage distortion. 
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Figure 2.13 Concept of value-based planning. The consumer’s cost due to poorer quality (left) and 
the cost of various power delivery designs with varying levels of quality (center) are computed over a 
wide range. When added together (right) they form the total cost of quality curve, which identifies the 
minimum cost reliability level (point A). 


Voltage 


Voltage 


Figure 2.14 Output of a 5.2 volt DC power supply used in a desktop computer (top) and the 
incoming AC line voltage (nominal 113 volts). A voltage sag to 66% of nominal causes power supply 
output to cease within three cycles. 
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Figure 2.15 The original CBEMA curve as often depicted, showing curves of voltage deviation 
versus period of deviation, with the sag shown in Figure 2.14 plotted (black dot). 
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Figure 2.16 CBEMA 96 voltage sag profile specifies tolerance of dips to 70% for periods of less 
than 30 cycles (500 ms). 


Value-Based Planning 


To be of any real value in utility planning, information of the value consumers put on 
quality must be usable in some analytical method that can determine the best way to 
balance quality against cost. Value-based planning (VBP) is such a method: it combines 
consumer-value data of the type shown in Figure 2-12 with data on the cost to design the 
T&D system to various levels of reliability and power quality in order to identify the 
optimum balance. illustrates the central tenet of value-based planning. The cost 
incurred by the consumer due to various levels of reliability or quality and the cost to build 
the system to various levels of reliability are added to get the total cost of power delivered 
to the consumer as a function of quality.’ The minimum value is the optimum balance 
between consumer desire for reliability and aversion to cost. This approach can be applied 
for only reliability aspects, i.e., value-based reliability planning, or harmonics, or power 
quality overall. Generally, what makes sense is to apply it on the basis of whatever qualities 
(or lack of them) impact the consumer ~ interruptions, voltage surges, harmonics, etc., in 
which case it is comprehensive value-based quality of service planning. 


Cost of Interruptions 


The power quality issue that affects the most consumers, and which receives the most 
attention, is cessation of service, often termed “service reliability.” Over a period of several 
years, almost all consumers served by any utility will experience at least one interruption of 
service. By contrast, a majority will never experience serious harmonics, voltage surge, or 
electrical noise problems. Therefore, among all types of power quality issues, interruption 
of service receives the most attention from both the consumers and the utility. A great deal 
more information is available about cost of interruptions than about cost of harmonics or 
voltage surges. 


Voltage Sags Cause Momentary Interruptions 


The continuity of power flow does not have to be completely interrupted to disrupt service: 


If voltage drops below the minimum necessary for satisfactory operation of an appliance, 
power has effectively been “interrupted” as illustrated in For this reason many 


Figure 2.13 illustrates the concept of VBP. In practice, the supply-side reliability curves often have 
discontinuities and significant non-linearities that make application difficult. 
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consumers regard voltage dips and sags as momentary interruptions — from their 
perspective these are interruptions of the end-use service they desire, if not of voltage. 

Much of the electronic equipment manufactured in the United States, as well as in many 
other countries, has been designed to meet or exceed the CBEMA (Computer and Business 
Equipment Manufacturer’s Association) recommended curves for power continuity, shown 
in Figures 2.15 and If a disturbance’s voltage deviation and duration characteristics 
are within the CBEMA envelope, then normal appliances should operate normally and 
satisfactorily. However, many appliances and devices in widespread use will not meet 
this criterion at all. Others will fail to meet it under the prevailing ambient electrical 
conditions (i.e., line voltage, phase unbalance, power factor, and harmonics may be less 
than perfect). 

The manner of usage of an appliance also affects its voltage sag sensitivity. The voltage 
sag illustrated in falls just within the CBEMA curve, as shown in Figure 2.15. 
The manufacturer probably intended for the power supply to be able to withstand nearly 
twice as long a drop to 66% of nominal voltage before ceasing output. However, the 
computer in question had been upgraded with three times the standard factory memory, a 
second and larger hard drive, and optional graphics and sound cards, doubling its power 
usage and the load on the power supply. Such situations are common and means that power 
systems that deliver voltage control within recommended CBEMA standards may still 
provide the occasional momentary interruption. 

For all these reasons, there are often many more “momentary interruptions” at a 
consumer site than purely technical evaluation based on equipment specifications and T&D 
engineering data would suggest. Momentary interruptions usually cause the majority of 
industrial and commercial interruption problems. In addition, they can lead to one of the 
most serious consumer dissatisfaction issues. Often utility monitoring and disturbance 
recording equipment does not “see” voltage disturbances unless they are complete cessation 
of voltage, or close to it. Many events that lie well outside the CBEMA curves and 
definitely lead to unsatisfactory equipment operation are not recorded or acknowledged. As 
a result, a consumer can complain that his power has been interrupted five or six times in 
the last month, and the utility will insist that its records show power flow was flawless. The 
utility’s refusal to acknowledge the problem irks most consumers more than the power 
guality problem itself. 


The SEMI F47 Standard 


Somewhat similar to the CBEMA curve in concept and application is the SEMI 
(Semiconductor Equipment and Materials International) standard F47, which defines an 
expected voltage sag tolerance of equipment and facilities used in semiconductor 
electronics fabrication. It was created to focus attention on shorter-duration sags The 
standard is designed to apply to the actual fabrication equipment itself, such as film 
deposition and photolithography equipment, ancillary systems such as surface preparation 
and cleaning, and automated inspection and testing equipment, too. The standard specifies 
that equipment meeting it tolerate dips in voltage to 50% of nominal for 200 ms, to 70% of 
nominal for 500 ms, and to 80% of nominal for a full second. shows this 
standard as most typically plotted. Note that the standard’s performance requirements are 
step functions, and that it does not specify performance for sag periods shorter than the 200 
ms or for sags to below 50% of nominal voltage level. An allied SEMI standard, F42, 
covers testing of equipment for compliance with the standard. It includes definitions of the 
metrics involved and descriptions of how to measure them, and of compliance and how to 
assess equipment on a pass-fail basis relative to the standard. 
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Figure 2.17. The SEMI F47 standard for voltage sag tolerance of equipment for semiconductor 
electronics fabrication specifies greater tolerance of voltage sags of short duration (less than 200 ms) 
than the CBEMA 96 standard. 
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Figure 2.18 Two ways that voltage can temporarily fall to 66% of nominal voltage. Top, the diesred 
result. The waveform remains a sine wave. Middle, the voltage is clipped. Bottom, the voltage sags. 
The net effect on equipment of the two bottom waveforms will be similar (a cessation of operation or 
freezing of mechanic components), but the diagnosis and correction of the two problems will be far 
different. Many standards and some power system test equipment do not “see” or record such 
distinctions. 
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Nature of the Voltage Sag 


highlights an important distinction for voltage sag studies and standards, that of 
the exact form of the reduction in voltage. At the top is the voltage sag from a 
drop to 66% of nominal but with a shape that is still a sine wave. In the middle, the voltage 
is clipped at 66%. Many standards and definitions do not address the nature of the 
waveform shape, and much of the testing methods power quality engineers may use do not 
explicitly respond to, measure, or record it. Any particular piece of electrical equipment | 
may react differently to the top and bottom supply profiles. While the difference in these 
two waveforms will rarely make a difference in practice (equipment disturbed by one will 
likely be disturbed by the other) T&D engineers should keep in mind that subtle differences 
like these and other waveform-related issues are often undefined and unmeasured with 
respect to power quality and the equipment they use. For that reason alone there is often a 
bit of uncertainty in any practical power quality mitigation project. 

The bottom waveform in Figure 2.18 shows yet another “undefinable” issue. This sag 
drops linearly to 33% and then returns linearly to the nominal voltage level. It is difficult to 
characterize with respect to its duration or voltage limit since it has no single definitive 
value. 


Frequency and Duration of Interruptions Both Impact Cost 


Traditional power system reliability analysis concepts recognize that service interruptions 
have both frequency and duration (See Chapter 4), Frequency is the number of times during 


some period (usually a year) that power is interrupted. Duration is the amount of time 
power is out of service. Typical values for urban/suburban power system performance in 
North America are about two interruptions per year with about 100 to 120 minutes total 
duration. Both frequency and duration of interruption impact the value of electric service to 
the consumer and must be appraised in any worthwhile study of consumer value of service. 

A number of reliability studies and value-based planning methods have tried to combine 
frequency and duration in one manner or another into “one dimension.” A popular approach 
is to assume all interruptions are of some average length (e.g., 2.2 interruptions and 100 
minutes is assumed to be 2.2 interruptions per year of 46 minutes each). Others have 
assumed a certain portion of interruptions are momentary and the rest of the duration is 
lumped into one “long” interruption (i.e., 1.4 interruptions of less than a minute and one 99- 
minute interruption per year). Many other approaches have been tried (Patton, 1968, 
Horton, et al., 1989, Rau, 1994). But all such methods are at best approximations, because 
frequency and duration impact different consumers in different ways. No single 
combination of the two aspects of reliability can fit the value structure of all consumers. 

Figure 2.19] shows four examples of the author’s preferred method of assessing 
interruption cost, which is to view it as composed of two components, a fixed cost (Y 
intercept) caused when the interruption occurred and a variable cost that increases as the 
interruption continues. As can be seen in Figure 2.19, consumer sensitivity to these two 
factors varies greatly. The four examples are: 


1. A pipe rolling factory (upper left). After an interruption of any length, material 
in the process of manufacturing must be cleared from the welding and polishing 
machinery, all of which must be reset and the raw material feed set-up to begin 
the process again. This takes about 1/2 hour and sets a minimum cost for an 
interruption. Duration longer than that is simply a linear function of the plant 

' operating time (wages and rent, etc., allocated to that time). Prior to changes 
made by a reliability study, the “re-setting’’ of the machinery could not be done 
until power was restored (i.e., time during the interruption could not be put to 
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Figure 2.19 The author’s recommended manner of assessing cost of interruptions includes evaluation 
of service interruptions on an event basis. Each interruption has a fixed cost (Y intercept) and a 
variable cost, which increases as the interruption continues. Examples given here show the wide range 
of consumer cost characteristics that exist. The text gives details on the meaning of solid versus 
dashed lines and the reasons behind the curve shape for each consumer. 


use preparing to re-start once it was over). The dotted line shows the new cost 
function after modifications to machinery and procedure were made so that 
preparations could begin during the interruption. 


2. An insurance claims office (upper right) suffers loss of data equivalent to 
roughly one hour’s processing when power fails. According to the site 
supervisor, an unexpected power interruption causes loss of about one hour’s 
work as well as another estimated half hour lost due to the impact of any 
interruption on the staff. Thus, the fixed cost of each interruption is equivalent 
to about ninety minutes of work. After one-half hour of mterruption, the 
supervisor’s policy is to put the staff to work “on other stuff for a while,” 
making cost impact lower (some productivity); thus, variable interruption cost 
goes down. The dotted line shows the cost impact of interruptions after 
installation of UPS on the computer system, which permits orderly shutdown in 
the event of an interruption. 


Copyright © 2004 by Marcel Dekker, Inc. 


Consumer Demand and Electric Load 67 


3. Anacetate manufacturing and processing plant (lower left) has a very non-linear 
cost curve. Any interruption of service causes $38,000 in lost productivity and 
after-restoration set-up time. Cost rises slowly for about half an hour. At that 
point, molten feedstock and interim ingredients inside pipes and pumps begins 
to cool, requiring a day-long process of cleaning sludge and hardened stock out 
of the system. The dotted line shows the plant’s interruption cost function after 
installation of a diesel generator, started whenever interruption time exceeds 
five minutes. 


4. Residential interruption cost function (lower right), estimated by the author 
from a number of sources including a survey of consumers made for a utility in 
the northeastern United States in 1992, shows roughly linear cost as a function 
of interruption duration, except for two interesting features. The first is the fixed 
cost equal to about eight minutes of interruption at the initial variable cost slope 
which reflects “the cost to go around and re-set our digital clocks,” along with 
similar inconvenience costs. Secondly, a jump in cost between 45 and 60 
minutes, which reflects inconsistencies in human reaction to outage time on 
questionnaires. The dotted line shows the relation the author uses in such 
analysis, which makes adjustments thought reasonable to account for these 
inconsistencies. 


This recommended analytical approach, in which cost is represented as a function of 
duration on a per event basis, requires more information and more analytical effort than 
simpler “one-dimensional” methods, but the results are more credible. 


Interruption Cost Is Lower If Prior Notification Is Given 


Given sufficient time to prepare for an interruption of service, most of the momentary 
interruption cost (fixed) and a great deal of the variable cost can be eliminated by many 
consumers. shows the interruption cost figures from adjusted for 
“24 hour notification given.” Some industries can mitigate the cost of power interruptions if 
given even one day’s notice; others can’t. 


Cost of Interruption Varies by Consumer Class 


Cost of power interruption varies among all consumers, but there are marked distinctions 
among classes, even when cost is adjusted for “size” of load by computing all cost 
functions on a per kW basis. Generally, the residential class has the lowest interruption cost 
per kW and commercial the highest. gives the cost/kW of a one-hour interruption 
of service by consumer class, obtained using similar survey techniques for three utilities in 
the United States: 


1. A small municipal system in the central plains 
2. An urban/suburban/rural system on the Pacific coast 


3. An urban system on the Atlantic coast 
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Table 2.1 Typical Interruption Costs by Class for Three 
Utilities - Daytime, Weekday (dollars per kilowatt hour) 


Consumer Class Utility: 1 

Agricultural 3.80 
Residential 4.50 
Retail Commercial 27.20 
Other Commercial 34.00 
Industrial 7.50 
Municipal 16.60 
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Figure 2.20 If an interruption of service is expected consumers can take_measures to reduce its 
impact and cost. Solid lines are the interruption costs (the solid lines from|Figure 2.19). Dotted lines 
show how 24-hour notice reduces the cost impact in each case. Compare dotted lines in this figure to 


those shown in Figure 2.19. 
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Cost Varies from One Region to Another 


Interruption costs for apparently similar consumer classes can vary greatly depending on 
the particular region of the country or state in which they are located. There are many 
reasons for such differences. The substantial difference (47%) between industrial costs in 
utilities 1 and 3 shown in is due to differences in the type of industries that 
predominate in each region. The differences between residential costs of the regions shown 
reflect different demographics and varying degrees of economic health in their respective 
regions. 


Cost Varies Among Consumers within a Class 


The figures given for each consumer class in Table 2.1 represent an average of values 
within those classes as surveyed and studied in each utility service territory. Value of 
availability can vary a great deal among consumers within any class, both within a utility 
service territory and even among neighboring sites. Large variations are most common in 
the industrial class, where different needs can lead to wide variations in the cost of 
interruption, as shown in Table 2.2. Although documentation is sketchy, indications are the 
major differing factor is the cost of a momentary interruption — some consumers are very 
sensitive to any cessation of power flow, while others are impacted mainly by something 
longer than a few cycles or seconds. 


Cost of Interruption Varies as a Function of Time of Use 


Cost of interruption will have a different impact depending on the time of use, usually being 
much higher during times of peak usage, as shown in However, when adjusted 
to a per-kilowatt basis, the cost of interruption can sometimes be higher during off-peak 
than during peak demand periods, as shown. There are two reasons. First, the data may not 
reflect actual value. A survey of 300 residential consumers for a utility in New England 
revealed that consumers put the highest value on an interruption during early evening 
(Figure 2.21). There could be inconsistencies in the values people put on interruptions (data 
plotted were obtained by survey). 


Table 2.2 Interruption Costs by Industrial Sub-Class for One 
Hour, Daytime, Weekday (dollars per kilowatt) 


Class S/KW 
Bulk plastics refining 38 
Cyanide plant 87 
Weaving (robotic loom) Fz 
Weaving (mechanical loom) 17 
Automobile recycling a 
Packaging 44 
Catalog distribution center 12 
Cement factory 8 
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Figure 2.21 Cost of a one-hour interruption as a function of when it occurs, as determined by surveys 
and interviews with 300 consumers of a utility in the northeastern United States, was determined on a 
three-hour period basis. A high proportion of households in this survey have school age children at 
home and thus perhaps weighed interruption costs outside of school hours more than during school 
hours. However, in general, most households evaluate their interruption cost as higher in early 
moming and early evening than at during the day. 


However, there is a second, and valid, reason for the higher cost per kilowatt off-peak: 
only essential equipment, such as burglar alarms, security lighting, and refrigeration is 
operating — end-uses that have a high cost of interruption. While it is generally safe to 
assume that the cost of interruption is highest during peak, the same cannot be assumed 
about the cost per kilowatt. 


Recommended Method of Application of Consumer Interruption Cost Data 


A good analytical approach to value-based planning of power delivery includes assessment 
of consumer costs using functions that acknowledge both a fixed cost for any interruption, 
no matter how brief, and a variable cost as a function of duration. It should acknowledge 
the differences in value of service among the different consumer classes, and the time 
differences within those consumer classes. 

Ideally, reliability and service quality issues should be dealt with using a value-based 
reliability or power-quality planning method with consumer interruption cost data obtained 
through statistically valid and unbiased sampling of a utility’s own consumers, not with 
data taken from a reference book, report, or technical paper describing data on another 
utility system. However, in many cases for initial planning purposes the cost and time of 
data collection are not affordable. 

provides a set of costs of typical interruption curves that the author has 
found often match overall consumer values in a system. It is worth stressing that major 
differences can exist in seemingly similar utility systems due to cultural and economic 
differences in the local consumer base. These are not represented as average or “best” for 
use in value-based planning studies, but they are illustrative of the type of cost functions 
usually found. They provide a guide for the preparation of approximate data from screening 
studies and initial survey data. 
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Figure 2.22 Typical interruption cost characteristics for consumer classes. 


Cost in Figure 2.22 is given in terms of “times normal price.” The cost of a power 
interruption to nearly any business is usually much more than it would have paid for the 
power had it been available. /t is worth noting that in many surveys and studies of 
interruption cost, the cost per kW of interruption is on the order of ten to one hundred times 
the normal price (rate) for a kWh. Generally, if a utility has low rates its consumers report a 
lower cost of interruption than if it has relatively higher rates. No reliable data about why 
this correlation exists has been forthcoming.” 


Cost of Surges and Harmonics 


Far less information is available on consumer costs of harmonics and voltage surges as 
compared to that available on the cost of interruptions. What data are made available in 
publications, and most of the reported results and interpretations in the technical literature, 
were obtained in very consumer-specific case studies, most done on a single consumer 


> It could be that value of continuity is worth more in those areas where rates are high (generally, more 
crowded urban areas). However, the author believes that a good part of this correlation is simply 
because in putting a value on interruptions, respondents to surveys and in focus groups base their 
thinking on the price they pay for electricity. Given that a typical residential consumer uses roughly 
1,000 kWh/month, they may simply be valuing an interruption as about “one-tenth of my monthly 
bill.” 


Copyright © 2004 by Marcel Dekker, Inc. 


72 Chapter 2 


basis. As a result there is very little information available on average or typical costs of 
voltage surge sensitivity and harmonics sensitivity. 

Few consumers suffer from voltage dip (voltage problems lasting minutes or hours), 
surge, harmonics, electrical noise, and similar problems. For this reason most studies of 
cause, effect, and curve are done on a single-consumer or specific area basis. Here, results 
reported in technical literature are the best guide. 


End-Use Modeling of Consumer Availability Needs 


The consumer class, end-use basis for analysis of electric usage, discussed in more detail in 
provides a reasonably good mechanism for study of the service reliability and 
power quality requirements of consumers, even if originally developed only for analysis of 
demand and DSM needs. Reliability and power quality requirements vary among 
consumers for a number of reasons, but two characteristics predominate analytical 
considerations: 


1. End-usage patterns differ. The timing and dependence of consumers’ 
need for lighting, cooling, compressor usage, hot water usage, 
machinery operation, etc., varies from one to another. 


2. Appliance usage differs. The appliances used to provide end-uses will 
vary in their sensitivity to power quality. For example, many fabric and 
hosiery manufacturing plants have very high interruption costs purely 
because the machinery used (robotic looms) is quite sensitive to 
interruption of power. Others (with older mechanical looms) put a 
much lower cost on interruptions. 


End-use analysis can provide a very good basis for detailed study of power quality 
needs. For example, consider two of the more ubiquitous appliances in use in most 
consumer classes: the electric water heater and the personal computer. They represent 
opposite ends of the spectrum from the standpoint of both amount of power required and 
cost of interruption. A typical 50-gallon storage electric water heater has a connected load 
of between 3,000 and 6,000 watts, a standard PC a demand of between 50 and 150 watts. 
Although it is among the largest loads in most households, an electric water heater’s ability 
to provide hot water is not impacted in the least by a one-minute interruption of power. In 
most cases a one-hour interruption does not reduce its ability to satisfy the end-use demands 
put on it.“ On the other hand, interruption of power to a computer, for even half a second, 
results in serious damage to the “product.” Often there is little difference between the cost 
of a one-minute outage and a one-hour outage. 

It is possible to characterize the sensitivity of most end-uses in most consumer classes 
by using an end-use basis. This is in fact how detailed studies of industrial plants are done 
in order to establish the cost-of-interruption statistics, which they use in VBP of plant 
facilities and in negotiations with the utility to provide upgrades in reliability to the plant. 
Following the recommended approach, this requires distinguishing between the fixed cost 
(cost of momentary interruption) and variable cost (usually linearized as discussed above) 
on an end-use basis. 


* Utility load control programs offer consumers a rebate in order to allow the utility to interrupt power 
flow to water heaters at its discretion. This rebate is clearly an acceptable value for the interruption, 
as the consumers voluntarily take it in exchange for the interruptions. In this and many other cases, 
economic data obtained from market research for DSM programs can be used as a starting point for 
value analysis of consumer reliability needs on a value-based planning basis. 
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Figure 2.23 A simulation-type load forecast method’s end-use model (see and 27) is 
modified to handle “two-dimensional” appliance curves, as shown here for a residential electric water 
heater. The electric demand curve is the same data used in a standard end-use model of electric 
demand. Interruption cost varies during the day, generally low prior to and during periods of low 
usage and highest prior to high periods of use (a sustained outage prior to the evening peak usage 
period would result in an inability to satisfy end-use demand). 
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Figure 2.24 The daily load curve for single family homes segmented into four interruption-cost 
categories. High-cost end-uses in the home (darkest shading) are predominantly digital appliances 
(alarm clocks, computers) and home entertainment and cooking systems. Lowest cost items are 
deferrable loads like water heating and dishwashing, which if delayed an hour have little impact on 
household activity patterns. 
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Figure 2.25 Total interruption cost by hour of the day for a one-hour outage, based on the load curve 
and cost category data in Figure 2.21. 
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Figure 2.26 Map of average reliability needs computed on a 10-acre smal! area grid basis for a port 
city of population 130,000, using a combination of an end-use model and a spatial consumer 
simulation forecast method, of the type discussed in and Shading indicates general 
level of reliability need (based on a willingness-to-pay model of consumer value). 
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A standard end-use model used to study and forecast electric demand can be modified to 
provide interruption cost sensitivity analysis, which can result in “two-dimensional” 
appliance end-use models as illustrated in Generally, this approach works best 
if interruption costs are assigned to appliances rather than end-use categories. In 
commercial and industrial classes different types of appliances within one end-use can have 
wildly varying power reliability and service needs. This requires an “appliance sub- 
category” type of an end-use model. Modifications to an end-use simulation program to 
accommodate this approach are straightforward (Willis, 2003), and not only provide 
accurate representation of interruption cost sensitivity, but produce analysis of costs by time 
and, if combined with the right type of simulation-based spatial forecast algorithm, location, 


as shown in through 


2.4 THE MARKET COMB AND CONSUMER VALUES 


Numerous surveys and customer focus meetings conducted by utilities, consultants, and 
research firms (including the author’s firm) indicate that electric consumers differ widely in 
their need for, and their willingness to pay for, reliability of service. Consumers also differ 
in exactly what “reliability,” and in a broader sense “quality,” means to them, although 
availability of service, quick and knowledgeable response on the part of their supplier, and 
power of a usable nature are always key factors in their evaluation. 

As a result, the electric power demand marketplace can be likened to a comb as shown 
in Figure 2.27, a series of small niches, each constituting only a small portion of the 
customer base. Each niche represents customers with varying needs and interpretations for 
reliability. Niches vary both in what type of reliability consumers need (some are sensitive 
mostly to frequency of outage, others care greatly about duration). 

A big dimension of variability among consumers is willingness to pay for reliability. 
There are a few customers who need very high levels of reliability and who will pay 
heavily for it. There are others who do not need reliability, only power, and are motivated 
purely by lowest cost. 


Customers who put Customers reasonably Customers who require 
little value on reliability satisfied by the industry’s high reliability and are 
and are very unwilling traditional reliability and price willing to pay a higher 
to pay for it. combinations. price in return. 


Motivated by Price Motivated by Service Quality 


Figure 2.27 The electric marketplace can be likened to a comb: composed of many small niches, 
each made up of customers who have a different cost-value sensitivity to reliability of service. Even 
those who put a high value on reliability may differ greatly in how they define “good reliability,” one 
reason why there are no broad market segments, only dozens of somewhat similar but different niches. 
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Figure 2.28 Ultimately, the value electric power consumers see in their electric power supply is 
based on a “value volume” of three dimensions: quantity, quality, and cost. 


Cost Is King 


Quantity and quality both have value for the electric consumer. But so does the consumer’s 
money and as a result no factor in the decision about energy source and energy usage is 
more important to most consumers than cost. The three dimensions of power — quantity, 
quality, and cost — form a “value volume” shown in Figure 2.28. The importance of each in 
determining what is “best” will vary from one consumer to another. 


Electricity Pricing Has Traditionally Been Based Only on Quantity 


Traditionally, the price of power in the electric utility industry was based solely upon the 
quantity used. A consumer would pay more if he or she used more power and less if the use 
was less. Except in rare and specially treated cases, an electric utility would offer a ‘“‘one- 
size-fits-all” level of quality. Customers got what was available, whether or not they needed’ 
and would have paid for higher quality, or whether they would have preferred a discount 
even if it meant somewhat lower quality. 


Offering Variable Levels of Reliability 


Traditionally, electric utilities have selected equipment and designed and engineered their 
systems based on engineering standards that were aimed at maintaining high levels of 
power system equipment reliability. These standards and methods, and the logic behind 
them, were recognized as a proxy for designing the system to provide good customer 
reliability: design the system so it seldom fails and the customers will seldom be without 
power. This assumption was basically true, at least as implemented by most utilities. But 
this paradigm was not without problems. First, it led to a culture in which taking care of the 
equipment, not maintaining customer service quality, became the inherent goal. Second, 
this often cost more than was necessary to achieve satisfactory customer service quality — 
some systems ended up “overbuilt.” These impacts will be discussed later in the chapters on 
modern reliability-based planning and management methods. 

But the relevant point is that a traditional utility’s customers had little option but to 
purchase a level of reliability corresponding to this set of standards Only 
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Figure 2.29 Generally, the cost of providing reliability in a power system is a non-linear function of 
reliability level: providing higher levels carries a premium cost, as shown by the line above. While 
reliability varies as a function of location, due to inevitable differences in configuration and equipment 
throughout the system, the concept utilities used was to design to a single level of reliability for all 
their customers. 
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Figure 2.30 A competitive market in power will recognize the demand for various levels of reliability 
and providers will have to broaden the offerings they provide (left) until the range of options available 
to the customer covers the entire spectrum of capabilities, as shown at the right. Actual options offered 
will be even more complicated because customers will vary in the type of reliability they wish to 
“buy” — making sure that all interruptions are of short duration may be more important to some 
businesses and making sure there are few of them to others, etc. 
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large industrial customers who could negotiate special arrangements had any ability to 
bypass this “one-size-fits-all” approach to reliability that utilities provided. 

The traditional way of engineering the system and pricing power has two 
incompatibilities with a competitive electric power marketplace. First, its price is cost- 
based, a central tenet of regulated operation, but contrary to the market-driven paradigm of 
deregulated competition. Second, any “one-size-fits-all” reliability price structure will 
quickly evaporate in the face of competitive suppliers. Someone among the various 
suppliers will realize there is a profit to be made and a competitive advantage to be gained 
by providing high-reliability service to consumers willing to pay for it. While others will 
realize that there are a substantial number of customers who will buy low reliability power, 
as long as it has a suitably low price. The concept that will undoubtedly emerge (in fact, is 
already evolving at the time this book is being written) in a de-regulated market will be a 
range of reliability and cost options. The electric utility market will broaden its offerings, as 
shown in This will be a slow, but steady process, taking well over a decade to 
pervade the industry. 

These offerings will be created by artful use of power delivery system capabilities and 
three types of “distributed resources” — storage (UPS), automation, and distributed 
generation (DG). All of these distributed resources, but particularly DG, will be regarded 
simultaneously from two perspectives. First, this new marketplace will create an 
opportunity for DG, which can be tailored to variable reliability needs by virtue of various 
design tricks (such as installing more/redundant units). Second, DG is a “threat’”’ that may 
force utilities to compete on the basis of reliability, because it offers an alternative, which 
can easily be engineered (tailored), to different reliability-cost combinations. But either 
way, power delivery “wire utilities” will have no choice but to compete in the reliability 
arena in one way or another, even if restricted to continuing to operate as regulated utilities. 


2.5 TWO-Q@ ANALYSIS: QUANTITY AND QUALITY VERSUS COST 


The amount of power used and the dependability of its availability for use are both key 
attributes in determining the value of the electric power to each consumer. The values 
attached to both quantity and quality by most consumers are linked, but somewhat 
independent of the value attached to the other. The “two-dimensional” load curve illustrated 
previously in is a Two-Q load curve, giving demand as a function of time in 
both Q dimensions: amount and quality of power needed. 

In order to demonstrate the Two-Q concept, two nearly ubiquitous appliances, which 
happen to represent opposite extremes of valuation in each of the two Q dimensions, can 
be studied: the electric water heater and the personal computer. A typical residential 
storage water heater stores about 50 gallons of hot water and has a relatively large 
connected load compared to most household appliances: about 5,000 watts of heating 
element controlled by a thermostat. Its contribution to coincident peak hourly demand in 
most electric systems is about 1,500 watts. The average heater’s thermostat has it 
operating about 30% of the time (1,500/5,000) during the peak hour. 

Despite its relatively high demand for quantity, this appliance has a very low 
requirement for supply quality. A momentary interruption of electric flow to this device — 
on the order of a minute or less ~ is literally undetectable to anyone using it at that 
moment. Interruptions of up to an hour usually create little if any disruption in the end- 
use the device provides, which is why direct load control of water heaters is an “economy 
discount” option offered by many utilities. Similarly, the water heater is not critically 
dependent on other aspects of power quality. It will tolerate, and in fact turn into 
productive heat, harmonics, spikes, and other “unwanted” contamination of its supply. 
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By contrast, a typical home computer requires much less quantity, about 180 watts. But 
unlike the water heater, it is rendered useless during any interruption of its power supply. 
Just one second without power will make it cease operation. Battery backup power 
supplies, called uninterruptible power supplies, can be used to avoid this problem, but at an 
increase in the computer’s initial and operating cost. In addition to its sensitivity to supply 
availability, a computer is also more sensitive to harmonics, voltage dips, and other power 
quality issues than a water heater. 

Figure 2.31 shows these two appliances and several other household energy uses plotted 
on a two-dimensional basis according to the relative importance of both quantity and 
quality. This Two-Q load plot is a type of two-dimensional demand and capability analysis 
that treats both Qs as equally important. Traditionally, “demand” has been viewed only as a 
requirement for quantity of power, but as can be seen the true value of electric service 
depends on both dimensions of delivery. Recognition of this fact has been the great driver 
in moving the electric industry toward “tiered rates,” “premium rates,” and other methods 
of pricing power not only by amount and time of use, but by reliability of delivery. Either or 
both dimensions in the plot can be interpreted as single-dimensional profiles for quantity or 
quality, as the case may be, providing useful information in the analysis of consumer needs 


and how to best meet them (Figure 2.32). 
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Figure 2.31 Electrical appliances vary in the amount of electricity they demand and the level of 
continuity of service they require to perform their function adequately. Water heaters and computers 
represent opposites in these regards; one requires a lot of load but has a low need for continuity of 
service (the water heater), the other is the opposite. Scales shown here are qualitative. Other typical 
household appliances are also shown. 
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Figure 2.32 A Two-Q diagram of a consumer’s needs can be interpreted in either of two 
dimensions to identify the total (area under the curve) and range of needs in either Q direction, 
producing Q profiles of the importance of demand or reliability to his particular needs. 


Two-Q Planning and Engineering 


Two-Q analysis using these same two dimensions also applies to the design of utility power 
systems. This section will only summarize Two-Q planning and engineering so that an 
appreciation of its capabilities, and how load forecasting and analysis interacts with them, 
can be understood. The essence of Two-Q planning is to add cost as a third dimension and 
then “optimize” either rigorously or through trial, error, and judgement, until the most 
effective cost to obtain both Q target levels is obtained. through 
illustrated that application in 

shows a similar type of plot based on a series of design studies, which were 
used to form the manifold (surface) shown. It indicates what the cost/kW would be if peak 
load or reliability performance levels were changed from current levels. This manifold 
gives a rough idea of the cost of building and operating a modified version of the existing 
system. (Only a rough idea, because the manifold was interpolated from a total of only eight 
design studies. Once this has been used as a rough guide in planning target designs, specific 
studies then refine the plan and selection of specific detailed design elements.) A specific 
distribution planning problem (expressed here as a certain density of electric load) has been 
set constant resulting in the plane shown running from front to back through the Two-Q 
cube. 

shows a second manifold plotted along with the first. As was illustrated with 
another system in Figures 1.17-1.19, this represents the characteristics of a different type of 
system, 25 kV being used on a targeted basis for primary distribution in the area, serving 
large loads and for “express” service to areas where very good reliability is a challenge with 
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Figure 2.33 Three-dimensional Two-Q plot of a power system’s capabilities, in which cost has been 
added as the third consideration. The manifold (surface) shown represents the capabilities of a 138 
kV/12.47 kV system optimized for various combinations of load density and SAIDI. 
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Figure 2.34 Left, the capabilities of a 24kV distribution system are shown by a second manifold. 
Right, comparison of the two manifolds results in a Two-Q diagram that shows where each system 
approach is most cost effective. The results shown are from a real study, but one with a number of 


real-world constraints. As a result the shape and results shown are not generalizable, although the 
approach is. 
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12.47 kV. The plot shows that the 25 kV design offers lower costs at higher load densities 
and is more expensive at lower load levels. To the right is shown a diagram developed 
from this data, which shows which Two-Q situations are best served by 12.47 kV or 25 
kV systems. Inspection of the shapes of the manifolds in and will 
indicate to the reader the importance of accurate load and reliability targets for planning. 
The slopes of each manifold are steep in places — small errors in estimating the demand 
for either Q will generate substantial displacements in the cost estimates used in planning. 
Thus good forecasts are important. 

Further, the distance between the manifolds is small in many places, and the angle of 
divergence from where they meet is small — thus small errors in estimating the demand 
for either Q will yield substantial mistakes in selecting the optimal approach. The reader 
should note that this sensitivity is not a characteristic of the Two-Q method — the figures 
above are merely illustrating the cost and decision-making realities of distribution 
planning, sensitivities that would be there regardless of the method used to engineer 
reliability and demand capability into the system. Therefore, the lesson for the forecaster 
is that accurate projections of future load levels are crucial, both for achieving good 
reliability and cost. While this concept is fairly obvious to any experienced T&D planner, 
the Two-Q approach can quantitatively measure, analyze, and help manage these issues. 


2.6 CONCLUSION AND SUMMARY 


The whole purpose of electric utility systems is to serve the electric demands of individual 
households, businesses, and industrial facilities. Two useful mechanisms for evaluation of 
consumer requirements and planning for their provision are end-use analysis and Two-Q 
planning, both of which provide a useful basis for the study and analysis of both quantity 
and quality. summarizes key points from this chapter. 

In addition to having a demand for electric energy, electric consumers value availability 
and quality of power too, seeking satisfactory levels of both the amount of power they can 
obtain and the availability of its supply. Each consumer determines what is satisfactory 
based on specific needs. An interruption that occurs when a consumer does not need power 
is not of concern. Harmonics or surges that make no impact on appliances are not 
considered of consequence. Among the most important points in consumer value analyses 
are: 


1. Interruption of service is the most widely affecting power quality problem. 
A majority of electric consumers in most utility systems experience 
unexpected interruptions at least once a year. 


2. Voltage dips and sags create momentary interruptions for many consumers 
that are indistinguishable in impact on their needs with short-term 
interruptions of power flow. 


3. Analysis of consumer needs for power quality is generally done by looking at 
the cost which less than perfect quality creates, not the value that near- 
perfect quality provides. Thus, availability of power is usually studied by 
analyzing the cost incurred due to interruptions and determining the costs 
created by those interruptions assesses harmonics. 


4. Power quality costs and values vary greatly depending on consumer class, 
time of day and week, region of the country, and individual characteristics. 
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Table 2.3 One- Page Summary of Chapter 2 


End-uses are the only reasons consumers buy power. They want the products power 
provides: a comfortable room temperature, cold milk, images on a television screen, 
stamped metal, or data retained for sub-millisecond retrieval. 


Quantity and quality — the two Qs are both important aspects of every consumer’s 
demand. Everyone prefers to have no restrictions on either one, but every consumer has 
definite limits on the amount of each that he will demand when he must pay a fair price for 
them. 


Cost is king: despite consumer demand for both quantity and quality, the vast majority of 
consumers still are very cost conscious with respect to electric power. 


Consumer classes — residential, commercial, industrial, etc. - are a good way of 
distinguishing salient characteristics of loads and of categorizing consumers into sets of the 
same overall behavior, because consumers within a class have similar needs and usage 
patterns. 


The market comb concept — viewing the consumer base as composed of many niches each 
with different values for quality and quantity — is a useful tool in many marketing and 
reliability planning functions. 


Electric load is the quantity of power. It is the result of consumer usage of electrically 
powered appliances and equipment to produce the end-uses discussed above. 


Three types of voltage-related behavior characterize loads: constant power, constant 
current, and constant impedance. Most consumers have a mixture of the three types. 


Load Duration Curves are a convenient but approximate way to study load behavior 
with respect to equipment and system needs over long periods of time (8,760 hours). 


Load curves and load curve analysis provide an accurate but often involved means 
to study electric load in detail with respect to system and equipment means. 


End-use modeling of load curves — studying load over time broken down by 
consumer class and end use application — is the most detailed way to study a 
consumer’s demand. 


Spatial patterns of electric load — where and how it is distributed throughout the 
utility service territory — is a very important aspect of distribution planning. 


Reljability is the most important characteristic of quality in most power delivery planning. 


Frequency and duration of interruptions are both important in determining the 
impact of service interruptions on customers. 


Consumer cost of reliability is usually studied by assessing the cost impact of power 
system outages on the consumer — their cost of doing without power. 


Value-based planning {VBP) involves balancing the utility’s cost of spending more 
to improve reliability against the consumers’ cost of dealing with interruptions. 


Voltage sags can cause momentary interruption of the end-use product itself, often 
to the extent that their impact on the consumer is the same as short-duration 
interruptions 


End-use load curve modeling of quality provides a reasonably good mechanism for 
study of the service reliability and power quality requirements of consumers. 
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5. Price concerns often outweigh quality concerns. Throughout the late 1980s 
and early 1990s, several independent studies indicated that roughly 30-40% 
of commercial and industrial consumers are willing to pay more for higher 
power quality, or something similar, a statistic that seems quite believable 
and realistic. This led to considerable focus on improving power system 
reliability and quality. However, it is worth bearing in mind that these same 
studies indicate that 20-30% are quite content with the status quo, while the 
remaining 30-40% would be interested in trading some existing quality for 
lower cost. 
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3 


Electric Load, Coincidence, 
and Behavior 


3.1 INTRODUCTION 


This chapter discusses how electric load "looks" when measured and recorded at the 
distribution level. Load behavior at the distribution level is dominated by individual 
appliance characteristics and coincidence — the fact that all customers do not demand their 
peak use of electricity at precisely the same time. For this reason alone, accurate load 
studies on the distribution system require considerable care. In addition, proper 
Measurement and modeling of distribution loads can be quite difficult for a variety of 
reasons related to how coincidence phenomena interact with load metering and numerical 
analysis methods. Successful analysis of load data at the distribution level requires 
procedures different from those than typically used at the system level. This chapter 
addresses the reasons why and the measurement and analytical methods needed to 
accurately represent and handle distribution load curve data. 

The bulk of this chapter is divided into two major sections. In 3.2, coincident and non- 
coincident load curve behavior are discussed — the actual behavior of distribution load, as it 
appears it completely and accurately measured. Section 3.3 then looks at how some 
popular measuring systems and analytical methods interact with coincident/non-coincident 
behavior, with respect to distortions in measurement that may occur. Finally, section 3.4 
reviews key points and presents some guidelines for accurate load curve measurement. 


3.2 PEAK LOAD, DIVERSITY, AND LOAD CURVE BEHAVIOR 


Almost all electric utilities and electric service companies represent the load of 
consumers on a class by class basis, using smooth, twenty-four hour peak day load curves 
like those shown in These curves are meant to represent the "average 
behavior" or demand characteristics of customers in each class. For example, the system 
whose data are used in Figure 3.1 has approximately 44,000 residential customers. Its 
analysts will take the total residential customer class load (peaking at about 290 MW) and 
divide it by 44,000 to obtain a ‘typical residential load’ curve for use in planning and 
engineering studies, a curve with a 24-hour shape identical to the total, but with a peak of 
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Summer and Winter Residential Class Peak Day Load Curve 
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Figure 3.1 Utilities often represent the individual load curves of consumers with smooth, 
“coincident” load curves, as shown here for the residential load in a utility system in Florida. Top, 
summer and winter demand of the entire residential class in a southern US utility with 44,000 
residential consumers. Bottom, representation of “individual” consumer load curves. Each is 
1/44,000 of the total class demand. 
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Figure 3.2 Actual winter peak day load behavior for an individual household looks like this, 
dominated by high "needle peaks" caused by the joint operation of major appliances. 
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6.59 kW (1/44,000 of 290 MW). This is common practice and results in the "customer 
class" load curves used at nearly every utility. 

Actually, no residential customer in any utility's service territory has a load curve that 
looks anything like this averaged representation. Few concepts are as important as 
understanding why this is so, what actual load behavior looks like, and why the smooth 
representation is "correct" in some cases but not in others. 

The load curve shown in is actually typical of what most residential customer 
load looks like over a 24 hour period. Every residential customer's daily load behavior 
looks something like this, with sharp "needle peaks" and erratic shifts in load as major 
appliances such as central heating, water heaters, washer-dryers, electric ranges, and other 
devices switch on and off. 


Appliance Duty Cycles 


The reason for the erratic "needle peak" load behavior shown in Figure 3.2 is that a 
majority of electric devices connected to a power system are controlled with what is often 
called a "bang-bang” control system. For example, a typical 50 gallon residential electric 
water heater holds 50 gallons of water, which it keeps warm by turning on its heating 
elements anytime the temperature of the water, as measured by its thermostat, dips below a 
certain minimum target value. Thus switched on, the heating elements then create a 
demand for power, which heats the water, and thereby the temperature begins to rise. When 
the water temperature has risen to where it meets the thermostat’s high target temperature 
setting, the elements are turned off by that thermostat’s relay. The on-and-off cycling of the 
demand and the consequent impact on water temperature are shown in Figure 3.3. The 
water heater cycles on and off in response to the thermostat — bang it is on until the water is 
hot enough, then bang it is off and remains so until the water is cold enough to cause the 
thermostat to cycle the elements back on. 
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Figure 3.3. Top curve indicates the water temperature inside a 50-gallon water heater whose 
thermostat is set at 172 degrees over a period of an hour. The thermostat cycles the heater's 4 kW 
element on and off to maintain the water temperature near the 172 degree setting. Resulting load is 
shown on the bottom of the plot. 
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This bang-bang control of the water heater creates the actual demand curve of the water 
heater. Over a 24-hour period, it is a series of 4 kW demands, as shown in the top row of 
Figure 3.4. There is no “curve” in the sense of having a smooth variation in demand, or 
variation in demand level, beyond an up and down variation between 4 kW when the water 
heater is on, and 0 when it is not. 


Aggregation of individual Demand Curves into Coincident Behavior 


Daily load curves for several residential water heaters are shown in Figure 3.4. Most of the 
time a water heater is off, and for a majority of the hours in the day it may operate for only 
a few minutes an hour, making up for thermal losses (heat gradually leaking out of the 
tank). Only when household activity causes a use of hot water will the water heater 
elements stay on for longer than a few minutes each hour. Then, the hot water use draws 
heated water out of the tank, it being replaced by cool water piped in to re-fill the tank, 
which lowers the temperature in the tank significantly, requiring the element to remain on 
for a long time thereafter to "manufacture" the replacement hot water. During that hour, its 
duty cycle — the percent of the time it is on — might be high, but the rest of the day it is quite 
low. 
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Figure 3.4 Curves A and B are water heater loads at neighboring houses on the same day (Feb. 6), 
displaying similar but not identical behavior. Curve C is the second household's water heater curve for 
Feb. 7, showing that random differences and slight shifts in usage that occur from day to day. Curve D 
shows the sum of the two water heaters’ curves for Feb. 6. For the most part, there is little likelihood 
that they are both on at the same time, but occasionally around peak time they do coincide. 
Aggregating 50 water heaters (F) results in a smoother load curve, one where load peaks during peak 
periods of water heater usage, and the average peak time of the water heater curve, is longer (wider) — 
meaning there is more likelihood that many overlap, and hence add to a high peak value. 
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shows several water heater loads, as well as plots representing the sum of the 
load for a number of water heaters over a 24 hour period. It illustrates several important 
points. First, al! water heaters exhibit the same overall on-off behavior, but differ slightly as 
to the timing of the cycles. Second, if enough load curves are added together, their sum 
begins to look more like a smooth curve (similar to than the typical blocky 
individual device curve. 

Most large household loads operate in a similar manner. Air conditioners and heaters 
operate by control of thermostats. So do refrigerators and freezers and electric ranges. As a 
result, the household's total load curve is the sum of a number of individual 
appliance on-off curves that each look something like those at the top of Figure 3.4. 


Duty Cycle Load of Air Conditioners and Heat Pumps 


Figure 3.5} shows the ambient (outside) temperature and the electric load of an air 
conditioner set to 68°F inside temperature over a 24 hour period. It illustrates a slightly 
more complex behavior and will help to examine appliance duty cycle performance in 
slightly more detail than the preceding section. 

Note that, like the water heater, the air conditioner unit shown here cycles on and off. As 
outside temperature increases, and the burden of removing heat from inside the house 
becomes greater, the AC unit stays on longer every time it turns on, and stays off for a 
shorter time. During the hottest period of the day, its duty cycle (percent of the time it is on 
during the hour) is above 90%. The particular unit shown in Figure 3.5 was selected for this 
house based on a 35 degree difference criteria — at 100% duty cycle it can maintain a 35°F 
difference between outside and inside. At the 100°F ambient temperate reached, it is 
providing a 32°F difference for the 68°F thermostat setting, near its maximum. 

Note also that here, unlike in the case of the water heater, the amount of load (the height 
of the load blocks when the unit is on) varies over the day. Connected load of the AC unit 
increases as the ambient temperature increases. 

The mechanical burden of an air conditioner or heat pump's compressor will be higher 
when the temperature gradient the unit is opposing is higher (due to the nature of the 
system's closed cycle design causing higher internal pressures and hence more pumping 
load). When the pressure is higher, the electric motor must work harder, and hence draws 
more power (i.e., has a higher load). The net result is that an air conditioner’s operating 
load increases as outside temperature gets warmer, and a heat pump’s load increases as 
outside temperature gets colder. Thus, during the heat of mid-day, the AC unit shown in 
Figure 3.5 not only stays on most of the time, but has a load about 10% higher than it 
would when ambient is cooler. Most AC and HP units, and many other mechanical 
pumping loads, display this characteristic. 


Coincident Load Behavior 


Suppose one were to consider one hundred homes, for example one hundred houses served 
by the same segment of a distribution feeder. Every one of these homes is full of equipment 
that individually cycles on and off like appliances just described — water heaters, air 
conditioners, heaters, and refrigerators that all are controlled by thermostats. 

Thus, each household will have an individual] daily load curve similar to the erratic, 
choppy daily load curve shown in Figure 3.2, although each will be slightly different, 
because each home has slightly different appliances, is occupied by people with slightly 
different schedules and usage preferences, and because the times that individual thermostats 
activate appliances are usually random, happening at slightly different times throughout the 
day for each appliance. 
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Figure 3.5 Daily cycle of THI (temperature-humidity-illumination index) and air conditioner load as 
it cycles between on and off under thermostatic control (see text). As THI rises throughout the 
morning, demand for cooling increases, and the air conditioner’s duty cycle (% of time the unit is 
operating) increases, until at peak it is operating all but a few minutes in every hour. 
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Figure 3.6 Daily load curves for groups of two, five, twenty, and one hundred homes in a large 
suburban area. Note vertical scale is in “load per customer" for each group. Peak load per customer 
decreases as the number of customers in the group becomes larger. This is coincidence of peak load. 
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Thus, one particular household might peak at 22 kVA between 7:38 AM and 7:41 AM, 
while another peaks at 21 kVA between 7:53 AM and 8:06 AM, while another peaks at 23 
kVA between 9:54 AM and 10:02 AM. These individual peaks are not additive because 
they occur at different times. The individual peaks, all quite short, do not all occur 
simultaneously. They are non-coincident. 

As a result, when one adds two or more of these erratic household curves together, the 
load curve needles usually interleave, much as the overlapping teeth of two combs might 
interleave. As yet more customer load curves are added to the group, more and more 
"needles" interleave, with only an occasional situation where two are absolutely coincident 
and add together. The load curve representing the sum of a group of households begins to 
take on the appearance of a smoother curve, as shown in in exactly the same 
way and for the same reasons that the water heater load curves in did. 

By the time there are twenty-five homes in a group, a smooth pattern of load behavior 
begins to emerge from within the pattern of erratic load shifts, and by the time the loads for 
one hundred homes have been added together, the curve looks smooth and “well-behaved.” 

This is the non-coincidence of peak loads. Individual household demand consists of load 
curves with erratic swings as major appliances switch on and off at the bequest of their 
thermostats and other control devices. Distribution equipment that serves only one customer 
— service drops or a dedicated service transformer for example — sees a load like this. 

But distribution equipment that serves large numbers of customers — a distribution 
feeder for example — is looking at many households and hundreds of appliances at once. 
Individual appliance swings do not make a big impact. It is their sum, when many add 
together, that causes a noticeable peak for the feeder. This happens when many duty cycles 
overlap. 

Peak load per customer drops as more customers are added to a group. Each household 
has a brief, but very high, peak load — up to 22 kW in this example for a southern utility 
with heavy air-conditioning loads. These needle peaks seldom overlap, and under no 
conditions would all in a large group peak at exactly the same time.' As a result, the group 
peak occurs when the combination of the individual load curves is at a maximum, and this 
group peak load is usually substantially less than the sum of the individual peaks, as can be 
seen by studying Figure 3.6. 

This tendency of observed peak load per customer to drop as the size of the customer 
group being observed increases is termed coincidence and is measured by the coincidence 
factor, the fraction of its individual peak that each customer contributes to the group's peak. 


observed peak for the group 


C = coincidence factor = > (individual peaks) 


(3.1) 


Typically, the value of C for large groups of customers is between .50 and .25. The 
coincidence factor, C, can be thought of as a function of the number of customers in a 


group, n: 


observed peak load of a group of N customers 
C(n) = | 2% (their individual peaks) (3.2) 


where n is the number of customers in the group, 
and 1 <n< N= number of customers in the utility 


' Except under certain types of emergency operations during outages, due to something called “cold 
load pickup.” This occurs when all appliances have been without power during a long outage and 
power is restored. All want power, creating a larger than normal demand and 100% coincidence. 
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C(n) has a value between O and | and varies with the number of customers in identical 
fashion to how the peak load varies, so that a curve showing C(n) and one showing peak 
load as a function of the number of customers are identical except for the vertical scale. 

Distribution engineers sometimes use the inverse of C to represent this same 
phenomenon. The diversity factor, D, measures how much higher the customer's individual 
peak is than its contribution to group peak. 


D = diversity factor = l/coincidence factor (3.3) 


The coincidence curve shown in Figure 3.7 is typical of residential peak load behavior 
in the United States — C(n) for large groups of customers is typically between .5 and .33, 
and may fall to as low as .2. Coincidence behavior varies greatly from one utility to another. 
Each utility should develop its own coincidence curve data based on studies of its own 
customer loads and system. 

Estimates of equipment loads are often based on load data from coincidence curves. 
Very often, T&D equipment sizes are determined by using such coincidence curves to 
convert load research data (or whatever data are available) to estimates of the equipment 
peak loads. For example, the "coincident peak" for a group of customers served by a feeder 
segment, transformer, or secondary line can be estimated from individual ("instantaneous") 
peak load data, as 


Group peak for n customers = C(n) x n x (average individual peak load) (3.4) 


The peak load for a transformer serving eight houses, each with an estimated individual 
peak load of 22 kW would be 


Transformer peak load = C(8) x 8 x 22 kW (3.5) 


Using a typical value of C(8), which is about .6, gives 106 kW as the estimated peak load 
for the transformer. 
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Figure 3.7 The peak load per customer drops as a function of the number of customers in a group. 
Although load characteristics vary from one utility system to another, this curve is representative of 
typical behavior. Generally, C(2) is about .85 to .8 and C(large number) is between .5 and .3. 
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Figure 3.8 The peak period as a function of the number of customers in a group. Larger groups 
generally have longer peak load periods. 


Often, reliable estimates of the individual customer peak loads (the 22 kW figure in 
these examples) may not be available. In this example, that would mean the planner did not 
know the 22 kW value of individual peak load but instead had only the ‘contribution to 
peak’ value of 7.9 kW/customer. The transformer load can still be estimated from the 
coincidence curve as 


Transformer peak load = C(NV/C(8) x 8 x 7.9 kW (3.6) 
where N>>>8 


Here, using .36 as C(N) gives the same 106 kW 


Peak period lasts longer for larger groups of customers. The erratic, up and down load 
curve of a single customer may have a very high peak load, but that peak lasts only a few 
minutes at any one time, although it is reached (or nearly reached) several times a day. By 
contrast, the load curve for one hundred homes reaches its peak only once during a day but 
stays at or near peak much longer ~ perhaps for over an hour. Figure 3.8 shows the peak 
load duration — the longest continuous period during the day when the peak load is at or 
within 5% of maximum — for various numbers of customers. 


Coincident Load Curve Behavior Can Be Viewed 
as the Expectation of a Single Household's Load 


What does the smooth, average residential customer curve, one computed from 
as described earlier, indicate? As stated, it is the average, coincident customer load curve, 
1/44,000 of the load from 44,000 households. While no customer within the entire utility 
service territory has an individual load curve that looks anything like this curve, the 
application of a smooth load curve computed in this way has two legitimate interpretations 
on a per customer basis: 


1. The curve is an individual customer's contribution to system load. On the 
average, each customer (of this class) adds this much load to the system. Add 
ten thousand new customers of this type, and the system load will increase by 
ten thousand times this smooth curve. 
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2. The curve is the expectation of an individual customer's load. Every customer 
in this class has a load that looks something like the erratic behavior shown on 
but each is slightly different and each differs slightly from day to 
day. The smooth curve gives the expectation, the probability-weighed value of 
load that one would expect a customer in this class, selected at random, to have 
at any one moment, as a function of time. The fact that the expectation is 
smooth while actual behavior is erratic is a result of the unpredictable 
randomness of the timing of individual appliances. 


The behavior discussed above is intra-class coincidence. Commercial and industrial 
customers have similar behavior to that discussed above for residential loads, but the shape 
of the their coincidence curves may be different. Qualitatively the phenomenon is the same, 
quantitatively it is usually quite different. 

One can also speak of coincidence between classes. Figure 3.1 showed average or 
typical coincident curves for residential, commercial, and industrial customer classes in a 
summer peaking utility in the southern United States. These various classes peak at 
different times of the day: commercial in mid-afternoon, residential in late afternoon or 
early evening. A substation or feeder serving a mix of customer types will not see a peak 
equal to the sum of the individual residential and commercial peaks, but instead a lower 
peak, because of the diversity, or lack of coincidence, between the classes’ peak loads. 

Coincidence and its effects on planning will surface again and again throughout this 
book, and we will make reference to coincidence, and discuss its impact on planning when 
we discuss how to determine feeder and transformer capacity; what loads to use in feeder 
voltage drop and losses studies; how to site and size substations; which load curves are 
appropriate for certain special applications; and how to forecast load growth. Therefore, it 
is vital that the reader understand the concept and phenomenon of load coincidence, both 
within each customer class and among the classes 


3.3 MEASURING AND MODELING LOAD CURVES 


The manner in which load curve data are collected, recorded, analyzed, and represented can 
produce a dramatic effect on what the resulting load curves look like and the perceived 
values of peak load and coincidence. The apparent load curve shape can change depending 
on how the load data are measured and how periodically these measurements are recorded. 

Sampling rate and sampling method both have a big impact on what load curve data 
look like, how accurate they are, and how appropriate they are for various planning 
purposes. Sampling rate refers to the frequency of measurement — the number of times per 
hour that load data are recorded. Sampling method refers to exactly what quantity is 
measured — instantaneous load or total energy used during each period. 

Most load metering equipment measures the energy used during each period of 
measurement (called demand sampling). If the load is measured every fifteen minutes, the 
equipment measures and records the total energy used during each 15 minute period, and 
the resulting 96 point load curve gives the energy used during each quarter hour of the day. 
Plotted, this forms a 24 hour demand curve. This method of recording is sampling by 
integration — the equipment integrates the area under the load curve during each period and 
stores this area, even if the actual load is varying up and down on a second-by-second basis. 

By contrast, discrete instantaneous sampling measures and records the actual load at the 
beginning of each period. Essentially, the equipment opens its eyes every so often, records 
whatever load it sees, and then goes to sleep until the beginning of the next period. Some 
load monitoring equipment uses this type of sampling. 
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Figure 3.9 Load for a single household (the load curve in sampled on a fifteen minute 
interval by both period integration (left) and discrete instantaneous sampling (right). Neither curve is 
fully representative of actual behavior, but the period integration is more accurate for most purposes. 
The discrete sampling is nearly worthless for planning and load study applications. 


Discrete instantaneous sampling often results in erratically sampled data that 
dramatically misrepresents load curve behavior. The right side of Figure 3.9 shows a data 
curve for a single home, produced by a discrete instantaneous sampling technique applied 
on a fifteen-minute basis to the individual household data first shown in Figure 3.21 This 
“load curve” is hardly representative of individual, group, or average load behavior. It does 
not represent hourly load behavior in any reasonable manner. This data collection error 
cannot be corrected or counteracted with any type of subsequent data processing. 

What happened is that the very instant of measurement, which occurred once every 
fifteen minutes, sometimes happened upon the very moment when a sharp load spike of 
short duration was at its peak. Other times, the sampling stumbled upon a moment when 
energy usage was low. This type of sampling would yield a good representation of the load 
behavior if the sampling were more rapid than the rapid shifts in the load curve. But 
sampling at a fifteen minute interval is much too slow — the load curve can shoot back and 
forth from maximum to minimum several times within fifteen minutes. As a result, it is just 
random luck where each period’s sampling instant happens to fall with respect to the actual 
load curve behavior — and a portion of the sampled load curve data is essentially randomly 
selected data of no real consequence or value. 

Automatic load metering equipment seldom uses discrete instantaneous sampling. 
Almost all load recorders use demand sampling (period integration). However, many 
sources of load data do start with instantaneous discrete sampled data, particularly because 
human beings usually do use this approach when gathering data. 

For example, data written down by a technician who reads a meter once an hour, or by a 
clerk who takes hourly load values off a strip chart by recording the reading at each hour 
crossing tick mark, have been sampled by this method. So, too, have data that have been 
pulled from a SCADA monitoring system on an hourly basis by programming a system 
macro to sample and record the power flow at each bus in the system at the top of each 
hour. 

In all such cases, the planner should be aware of the potential problem and correct for it, 
if possible. The technician taking hourly values off the strip chart can be instructed to 
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estimate the average of the plotted value over the entire hour. The SCADA system should 
make several readings separated by several minutes and average them. 

To be entirely valid, load curve data gathered using discrete instantaneous sampling 
must satisfy the Nyquist criteria, which requires that the load be sampled and recorded at 
least twice as often as the fastest load shift occurring in the measured load.” When 
measuring a single customer, whose load can shift up and down completely within a few 
minutes, this means a sampling rate on the order of a minute or less must be used. If 
taken at one minute intervals, such data are accurate, but even at ten minute intervals, a 
rate often considered very fast for load research purposes, discrete sampling will produce 
very poor results when applied to individual or small groups of customers. 

As was discussed earlier, larger groups of customers have smoother and more well- 
behaved load curves. Thus, the problem discussed here is not as serious when the load 
being metered is for a feeder or substation as when the load being measured is for only a 
few customers, although it can still produce noticeable error at the feeder level. At the 
system level it seldom makes any difference. 

A telltale sign that discrete sampling data errors are present in load data is erratic load 
shifts in the resulting load curves, like those shown on the right side of 
However, lack of this indicator does not mean the data are valid. Hourly, half hour, or even 
fifteen minute load research data gathered via discrete instantaneous sampling should be 
used only when absolutely necessary, and the planner should be alert for problems in the 
resulting load studies. 

Sampling by integration, by contrast, always produces results that are valid within its 
context of measurement. For example, hourly load data gathered by period integration for 
an individual customer will accurately reflect that customer's average energy usage on an 
hour by hour basis. Whether that sampling rate is sufficient for the study purposes is 
another matter, but the hourly data will be a valid representation of hourly behavior. 

shows the daily load curve for one household (that from demand 
sampled (period integration) at rates of quarter hour, half hour, one hour, and two hours. 
None give as accurate a representation of peak load and peak period as the original curve 
(which was sampled at one minute intervals), but each is an accurate recording usage 
averaged to its temporal sampling rate. Such is not the case with discrete sampling, where 
the recorded values may be meaningless for any purpose if sampled at a rate below the 


Nyquist rate for the load behavior being measured. 

curve of peak load versus sampling rate bears a striking resemblance to the 
peak coincidence curve plotted in an interesting potential source of error, which 
will be discussed later in this chapter. As the sampling period of demand sampling is 
lengthened, the observed peak load drops, as shown in Figure 3.11. The sharp needle peaks 
are being averaged with all behavior over longer periods, reducing the measured "peak 
demand." 


* The author has taken slight liberties with the interpretation of the Nyquist criteria (also called the 
sampling theorem), but from a practical standpoint the description is more than sufficient to explain 
application to load curve measurement. A more theoretical presentation of load curve sampling 
rates can be found elsewhere (Willis, Vismor, and Powell, 1985). 
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Figure 3.10 Daily load shape for the household load curve in demand sampled (i.e., using 
period integration) on a 15, 30, 60, and 120 minute basis. 
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Figure 3.11 Observed peak load is a function of time period of sampling for the single household's 
daily load curve, as a function of the sampling period. Only high sampling rates can see the needle 
peaks and thus correctly sample their full behavior. 
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Figure 3.12 Daily load shape for 100 homes demand sampled with a 1, 15, 30, and 60 minute period. 
Little error is introduced by using a one hour sampling rate as opposed to 1 minute, because the basic 
coincident load behavior of 100 households’ load is inherently smooth, not erratic and full of needle 
peaks as in the single household case. Note vertical scale is the same in all four plots in this figure. 
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Figure 3.13 Measured per customer coincident peak load for a group of 100 homes, as a function of 
the sampling period used with period integration. For any sampling period less than 60 minutes, the 
measured peak load varies little, indicating that the load curve does not need to be sampled more often 
than hourly. 
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High Sampling Rates Are Needed When 
Sampling Small Groups of Customers 


In sampling rate is again varied, this time for a load curve representing the sum 
of loads from 100 homes. The measured curve varies insignificantly as sampling rate is 
increased. The smooth, coincident load curve for a large group of customers does not need 
to be sampled at a high rate in order to be accurately recorded. High sampling rates are 
needed only when studying the non-coincident load behavior of small groups of customers. 

shows the measured peak load of this group of 100 homes as a function of 
the demand period used in measurement. Clearly, little error is introduced with sampled 
periods up to one hour in length. Again, high sampling rate is not needed when measuring 
aggregate load behavior for large groups of customers. 

Comparison of the 60 minute sampled curves from and 3.12 shows that 
they are very similar. An individual customer curve demand sampled at a slow rate yields a 
good estimate of the coincident curve shape. In essence, measuring an individual customer's 
load at a lower rate with period integration gives a picture of that customer's contribution to 
overall coincident load behavior. Depending on the goals of the load measurement, this can 
be a positive or negative aspect of using the lower sampling rate. 


Determining the Required Sampling Rate 


Recall that the measured peak load versus sampling period curve for a single customer 
bears a striking resemblance to the actual peak load versus number of 
customers coincidence curve A good rule of thumb is: the demand sampling 
rate required to measure the load for a group of customers is that which gives the same 
measured coincident peak/customer when applied to an individual customer curve. For 
example, suppose it is desired to sample the load behavior of a group of five homes to 
determine peak loading, daily load curve shape, and so forth. Note that in Figure 3.7, C(5) = 
.8, giving a coincident load of .8 x 22 kW = 17.6 kW per household for a group of five 
homes. 

As Figure 3.11 shows, when applied to an individual household load curve, a sampling 
period in the range of 10 minutes (6 demand samples/hour) should give a peak of 18 kW. 
Therefore, one can conclude that a group of five homes needs to be sampled and analyzed 
at least at this rate to be represented accurately. 

Similarly, one can determine the smallest number of customers for which a particular 
sampling rate provides accurate data. Suppose that half hour data are to be used in a load 
research study. Figure 3.11 shows that this can be expected to record a peak load of 10.9 
kW when applied to a single customer load curve. This is equivalent to a coincidence factor 
of 10.9 kW/22 kW, or .49, which is equal to C(25). Thus, half hour data are accurate (in this 
utility) for studies of distribution loads and loading on any portion of the system serving 25 
customers or more. It is not completely valid for studies on equipment serving smaller 


groups of customers. In a similar way, a plot of sampling period versus number of 
customers can be determined, as shown in 


This example is qualitatively generalizeable but the values shown are not valid for 
systems other than the one used here — average individual household needle peak of 22 kW, 
coincident behavior as plotted here, and so forth, vary from one utility to another and often 
by area within utility systems. These data were taken from a utility system in the Gulf Coast 
region of the United States, and the results given are valid for that system. Quantitative 
results could be far different for systems with different customer types, load patterns, and 
coincidence behavior (EPRI, 1990). 
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Figure 3.14 Rule-of-thumb plot of sampling period (for integrated sampling) versus number of 
customers in the group. 


Estimating Coincidence and Sampling Requirements 


Often, a planner does not have even a few samples of high resolution (very short sampling 
period) load data from which to make the type of analysis described above. In that case, the 
author recommends that the coincidence curve Figure 3:7) and the peak versus sampling 
rate curve be estimated as best as can be done from whatever data are 
available. For example, suppose only fifteen minute period load curve data are available. 
Added together in blocks of two and four periods, this gives thirty and sixty minute 
sampled curves, whose peak loads can be used to provide the peak versus sampling rate 
curve in the 30 to 60 minute sampling period portion of the curve. 

Estimates of the absolute individual household peak load can often be derived from 
knowledge of the types and market penetrations of appliances or by the planner's judgment 
to give an estimated value for the Y intercept of the coincidence curve. Measured peaks on 
distribution equipment such as service transformers and feeder line segments provide detail 
on the peak loads of groups of customers of various sizes. Analysis of sampling period 
versus number of customers in the group can then be carried out as outlined earlier. 
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Figure 3.15 Example of estimating the sampling rate versus peak load relation from incomplete data, 
as explained in the text. The solid line indicates areas of the relationship that can be determined 
exactly based on available data; the dashed line shows the estimated portion. As a general rule, the 
curve passes through the origin, the point (1, 1), a fact useful in estimating the curve shape. 
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Table 3.1 One-Page Summary of Chapter 3 


Most individual-consumer load curves are volatile, with sharp "needle peaks" and 
erratic shifts in load as major appliances such as central heating and water heaters cycle on 
and off. 


"Bang-bang" control systems cycle major appliances and equipment on and off in 
response to thermostats or pressure monitors, etc., of cycle equipment. 


Duty cycle is the percent of the time that an appliance or device operates in response to its 
cycling control. 


Load curves for groups of customers are smoother — less volatile — because the needle 
peaks and valleys interleave 


Interleaving of needle peaks and valleys in a group means that as more customers are 
added to the group the peak load per customer drops and the duration of any one peak 
period increases. 


Distribution equipment that serves larger numbers of customers sees smoother daily load 
curves. 


Coincidence factor, C(N), is a measure of the simultaneity of peak demands of a group of 
N customers. Its inverse is diversity factor. Peak load for the group equals N x individual 
peak demand x C(N). Typical values of C(N) for N > 100 are in the range of .20 to .50. 


The coincident load curve can be viewed as the expectation of a customer’s non- 
coincident curve. 


Rapid sampling of a load curve is necessary to “see” non-coincident load curve 
behavior. Fully capturing ali the volatility may require sampling electric load every 
minute throughout the day. 


Sampling by demand period involves measuring and recording the total energy in each 
uniform period (e.g., 15 minutes, 60 minutes). 


Discrete period sampling, by contrast, measures the load only at the beginning of each 
period, perhaps for only one second every fifteen minutes. 


The two sampling methods differ in what they “see” as their sampling rate is varied: 


If demand period sampling is applied to a very volatile non-coincident load curve at 
a relatively slow sampling rate (slower than the curve’s back-and-forth swings) it 
“sees” — records — a curve that is very much like the coincident version of the load 
curve. The data may be useful as an approximate measure of fully coincident load 
curve shape and peak. 


If discrete period sampling is applied to a very volatile non-coincident load curve at 
a relatively slow sampling rate (slower than the curve’s back-and-forth swings) it 
“sees” — records ~ only corrupted data, which is utterly worthless for any purpose 
even if it looks like a valid load curve. 


High sampling rates are needed only when studying the non-coincident load behavior of 
individual or very small groups of customers. The smooth, coincident load curves of a 
large group of energy consumers do not need to be sampled at a high rate in order to be 
accurately recorded. 


Many algebraic and mathematical methods for data analysis “smooth out” load 
curves — remove any quick shifts in load cycles — as an unintended consequence of their 
application. Analysis of non-coincident load curves often produces smooth curves that are 
not valid representations of the actual (non-coincident) load curve behavior. 
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The approximate nature of the number of customers versus sampling period relation is 
estimated from these data, as shown in While not of the quality of accurate, 
high-sample-rate data, the resulting curve is the best available under the circumstances and 
can be used, with judgment, to make decisions about the legitimate uses of whatever load 
data are available. 


3.4 SUMMARY 


Distribution load behavior is dominated by coincidence, the fact that peak loads do not 
occur simultaneously. Individual customer load curves are erratic, formed of fast, sharp 
shifts in power usage. As customers are combined in groups, as when the planner analyzes 
load for groups served by equipment such as service transformers, laterals, and feeders, the 
erratic load curves add together with the sharp peaks intermingling and forming a smoother 
curve. As a result, when comparing the load curves for different size groups of customers, 
as the number of customers increases, the group load curve becomes smoother, the peak 
load per customer decreases, and the duration of the peak increases. Also important is the 
manner in which the load curves are measured. Where possible, particularly when working 
with small groups of customers, data should be collected and analyzed using the period 
integration method, and the sampling period should be quite short, generally less than 15 
minutes. summarizes key points from this chapter. 
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4 
Power System Reliability 


4.1 INTRODUCTION 


“Reliability” as normally applied to power distribution means continuity of service to the 
utility’s customers. It is a critical element of customer service, one of the two Qs. A reliable 
power system provides power without interruption. Almost anything less than perfection in 
this regard will garner complaints that the utility’s system is “unreliable.” An availability of 
99.9% might sound impressive, but it means eight and three quarters hours without electric 
service each year, a level of service that would be considered unsatisfactory by nearly all 
electric consumers in North America. 

This chapter reviews distribution reliability concepts in general and introduces the key 
components used in reliability analysis. It begins with a discussion of equipment outages 
and service interruptions, and the two aspects of reliability that measure both — frequency 
and duration of failure. The relationship between equipment outages and interruptions — the 
extent of the service interruption caused by an outage — is presented and identified as one of 
the key concepts for planning reliability of distribution systems. The most popular 
reliability indices are discussed, along with their usefulness to the distribution planner and 
the differences in their application among electric utilities. Finally, various ways of setting 
reliability standards and criteria for distribution are covered. Planning methods to design 
distribution systems to meet these or other reliability-related criteria are discussed 
elsewhere in this book (see Index). provides a glossary of standard reliability- 
related terms. Regardless, “reliability” has only a single meaning throughout this book: 


Reliability is the ability of the power delivery system 
to make continuously available sufficient voltage, of 
satisfactory quality, to meet the consumers’ needs. 


There are four important aspects to this definition that planners need to keep in mind when 
laying out and optimizing their system. 


Customer focused. In the modern business world, very few terms are as misused and 
overused as “customer focused,” but this is one case where it is apt. The focus of a 
planner’s reliability analysis must be on the service customers receive. Ultimately, 
this is all that matters. Evaluation of and focus on reliability measured with respect to 
the utility’s system and equipment is not sufficient. The utility must assure itself that 
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Table 4.1 Reliability Terms and Definitions 
Availability: the fraction of the time that service is available. The (steady-state) probability that power 
will be available. 


Clear: to remove a fault or other disturbance-causing condition from the power supply source or from 
the electrical route between it and the customer. 


Cut set: in reliability analysis, a set of components which when removed from service causes a 
cessation of power flow. 


Dependability: used here, it means reliability of performance over the short-term, or with respect to 
only a certain schedule: “Although available only dunng the day, the solar-power generator proved a 
dependable source of power from 9 to 5 every day.” 


Durability: the ability to maintain high levels of reliability or dependability while in service over long 
periods of time. Two units of equipment can be equally reliable, or dependable, when initially 
installed, but the more durable will be in much better shape after ten years, etc. 


Duration: the total elapsed time of an interruption or outage, as the case may be. 


EEAR (Expected Energy at Risk): A calculated index based on system configuration; equipment 
type, capacity, and condition; and load duration data that predicts the percent of annual energy at risk 
of not being delivered for a planned system and load. 


Event: a specific change in equipment status, load, or operating state or in environmental and ambient 
conditions. 


Extent: the amount of the system, usually measured as the number of customers, rendered out of 
service by an event or failure. 


Failure: a change in status of equipment or a system from performing its function as expected to no 
longer performing its function completely. 


Failure rate: the average number of failures of a component or unit of the system in a given time 
(usually a year). 


Frequency: how often interruptions or outages, as the case may be, occur. 


Interruption: a cessation of service to one or more customers, whether power was being used at that 
moment or not. 


Instantaneous interruption: an interruption lasting only as long as it takes for completely 
automatic equipment to clear the disturbance or outage. Often less than one second. 


Momentary interruption: an interruption lasting only as long as it takes automatic but manually 
supervised equipment to be activated to restore service, usually only a few minutes, sometimes 
less than fifteen seconds. 


Planned interruption: an interruption of power due to a planned outage, of which customers 
were informed reasonably far in advance. 


Temporary interruption: an interruption manually restored, lasting as long as it takes. 
Interruption duration: the time from cessation of service until service is restored. 


Interruption frequency: the average number of times interruption of service can be expected during 
some period (usually a year). 


Mean time between failures (MTBF): the average or expected time a unit of equipment is in service 
between failures. 


Mean time to repair (MTTR): the average or expected time to repair an outaged component or unit 
of the system once failed. 
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Table 4.1, continued 


Minimal cut set: a cut set (of components) that does not contain any other cut set as a subset. 


Misoperation: incorrect operation of the system whether due to human error, the incorrect operation 
of a relay or control system, or a binding or broken part in a device. This flawed operation may cause 
an interruption of customer service, as with the inadvertent opening of a breaker. Regardless, the 
equipment result is called “an outage.” Even though it may not be damaged, the unit is out of service. 


Outage: the failure of part of the power supply system — a line down, transformer out of service, or 
whatever else is intended to be in operation but is not — whether due to unexpected or planned 
circumstances. 


Expected Outage ~— an equipment outage that was anticipated in some sense. Application of this 
differs from utility to utility, but generally this means something more definite than “Well, we 
knew it would fail eventually.” Often, this is applied to equipment failures that were anticipated 
and for which preparations had been made: “Diagnostics indicated that cable failure was 
imminent but not which section would fail. We had switched in a backup cable to continue 
service when failure occurred, and went ahead and let the failure happen so as to identify the 
bad section of cable.” 


Forced Outage — an equipment outage that was not scheduled in advance, even if initiated by 
the utility. The equipment may not be damaged but usually something went wrong: “The unit 
was observed to be smoking slightly so it was withdrawn from service. It turned out just to be a 
slight oil leak and the unit was repaired and returned to service the next day." 


Scheduled Outage — an equipment outage that was scheduled in advance and initiated by the 
utility’s actions, as for example when work crews remove equipment from service for 
maintenance, etc. 


Unexpected Outage — an equipment outage that was not anticipated. Usually, an unexpected 
outage is due to equipment failure, an accident, or damage of some type. 


Reliability: the ability of the power delivery system to make continuously available sufficient voltage, 
of satisfactory quality, to meet the consumers’ needs. 


Repair time: the time required to return an outaged component or unit of the system to normal 
service. Related in a cause and effect way, but not necessarily the same as, interruption duration. 


Reporting period: the period of time over which reliability, interruption, and outage statistics have 
been gathered or computed. 


Restoration: retum of electric service after an interruption, because of repair of the outage causing the 
interruption or because of re-switching of supply source. 


Restoration time: the time required to restore service to an interrupted customer or portion of the 
system. Also, in T&D operations, the time required to retum equipment to service in a temporary 
configuration or status (i.e., not completely repaired) as for example an overhead feeder put back into 
service with stubbed poles and slack spans temporarily in place. It has been restored to service, but not 
repaired. 


Service: supply of electric power in sufficient amount and quality to satisfy customer demand. 


Storm: a weather-related event or series of events causing outages who consequences meet specific 
criteria for “storm,” usually measured by number of customers out of service, amount of repair work 
needed, or customer-hours of interruption, and reported as a separate category of interruptions. 


Switching time: the time required to operate devices to change the source of power flow to a circuit, 
usually to restore service where interrupted due to an equipment outage. 


Trouble: anything that causes an unexpected outage or interruption including equipment failures, 
storms, earthquakes, automobile wrecks, vandalism, operator error, or “unknown causes.” 
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consumers see good reliability from their point of view when looking back into the 
system, regardless of equipment issues. 


Continuous availability. Perhaps the most important aspect of reliability is that 
power most be continuously available. Basically, the utility must maintain an always 
unbroken chain of power flow from a source of power to each consumer. 


Sufficient power. This chain of power flow must be able to deliver enough power 
that it does not constrain the consumer’s ability to have as much as he needs 
whenever he needs it. 


Satisfactory quality. Voltage, frequency, and other aspects of the power made 
available must be suitable to meet the consumer’s needs. 


This is what it really means to design and operate a “reliable” power delivery system. 
Figure 4.1 illustrates this, based on a diagram (Figure 2.1) from Brown (2002). Reliability — 


whatever guise it takes — is a part of “Power Quality” in the larger sense. Power quality in 
turn is part of customer satisfaction, the real measure of a utility’s good customer focus. 
However, many of the other factors contributing to customer satisfaction, such as the 
quality of billing and response to customer inquiries, are generally beyond the venue of the 
planner. 


Customer Satisfaction 


Responsiveness 


Power Quality 


Transients 


Harmonic Distortion 
Public Image Community Role 


Figure 4.1 One can look at consumer needs and reliability-engineering concepts as contained within 
one another, as shown. Generally, “reliability planning” focuses on reliability, which includes 
availability as an important element. Aspects of power quality not related to reliability are generally 
addressed only tangentially, as they normally work out in systems designed to provide sufficient 
reliability of capacity, as the equipment and units used in the system have been designed so that will 
occur. 
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4.2 OUTAGES CAUSE INTERRUPTIONS 


The single most important distinction to make in distribution reliability analysis is between 
two words that are often used interchangeably: outage and interruption. They have far 
different meanings. “Outage” means a failure of part of the power supply system — for 
example a line down, transformer out of service, or a breaker that opens when it shouldn’t. 
“Interruption” means a cessation of service to one or more customers. Interruptions are 
almost always caused by outages, and this leads many people to confuse the two words and 
their meanings. However, to understand distribution reliability properly and, more 
importantly, set criteria and design a system to achieve high reliability, the distinction 
between outage (the cause of service problems) and interruption (the result) is critical. 
Electrical service to a customer is interrupted whenever equipment in the line of supply to 
that customer fails or is otherwise out of service. Outages cause interruptions. 


Frequency and Duration 


Two different aspects of reliability receive attention in any type of power distribution 
reliability analysis, whether of outages or interruptions. These are the frequency (how often 
something occurs) and duration (how long it lasts). With respect to interruption, frequency 
refers to the number of times service is interrupted during a period of analysis — once a 
decade, two times a year, five times a month, or every afternoon. Duration refers to the 
length of these interruptions; some last only a few cycles, others for hours, even days. 
Frequency and duration are used with regard to outages, too. 


Extent 


Frequency and duration are important factors in reliability analysis and design, but there is a 
third factor equally important to the distribution planner because it is the one over which the 
planner has considerable control, particularly in the design phase. The extent of an outage — 
how many customers are interrupted by the outage of a particular line or unit of equipment 
— is the key to the outage-interruption relationship. The layout of a distribution system 
greatly influences just how many customers are interrupted when outages occur. Consider 
for a moment two hypothetical distribution systems, A and B. During a particular year, both 
experience the same number of distribution failures. In both, it takes just as long for repairs 
to be made and service to be restored. But suppose that in system A, the average equipment 
outage cuts off service to 150 customers, while in system B, it cuts off service to only 75. In 
this case, system B’s customer interruption statistics will be only half of A’s, even though 
their equipment-level failure rates are the same. The extent to which outages spread 
customer interruptions through a distribution system is very much under the control of the 
distribution planner — among other things it is a function of how the distribution system is 
laid out. Various types of distribution designs and layouts behave differently in terms of 
extent of outages. In general, a system laid out to minimize extent of outages from any 
failure will be more expensive than one that is not, but for the planner this means that 
consideration of configuration and its influence on reliability is just one more alternative to 
be considered in planning. In many cases a higher-reliability layout may be less expensive 
than any other way of achieving the particular reliability goal. Most distribution systems use 
some form of radial feeder and secondary layout, which means that a single failure 
anywhere in the electrical path between substation and customer will cause service 
interruptions to all customers downstream. (There are distribution layouts so robust that 
one, two, or even three equipment failures will not lead to a single customer interruption. 
That capability is due to a secondary network properly combined with an interlaced primary 
radial feeder set as discussed in (Chapters 1]and [19]) One way to improve reliability in a 
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distribution system is to lay out the feeder trunk and branches and arrange the protection 
(fusing and sectionalization) so that outages have a low extent, i.e., so that most failures do 
not interrupt service to very large numbers of customers. 


Control of extent through layout design 


Figure 4.2 and show two different configurations for feeder layout to reach the 
same customer points. Although simplified, this example illustrates well both the concept 
and the typical magnitude of differences in costs and reliability between layouts. 
Configuration B gains a 6.76% improvement in customer interruptions over configuration 
A, even though it has a 4.8% higher expected rate of equipment outages. (Expected outages 
are 4.8% higher because configuration B has 4.8% more miles of feeder length.) Also quite 
important, the worst number of interruptions any customer on the feeder can expect (i.e., its 
worst case customer) is 12.6% less. 

The reason for the difference is due to variations in the extent of outages that can be 
expected on the feeders. In configuration A, if the second trunk feeder segment fails, 
service to 300 customers is interrupted. That trunk is a mile long and expected to fail once a 
year. By contrast, in configuration B, the maximum extent of any outage is 200 customers, 
for either of the two major branches, which have expected failures of .5 per year (for one 
mile total). This single difference in extent reduces expected customer outages by 100 
customer interruptions per year. Configuration B has slightly longer branches to its most 
outlying nodes (1.18 mules final run instead of 1.0, which increases outage rate slightly, but 
overall its layout results in a net decrease of 76 customer interruptions per year (6.76% 
less), due only to its different layout. Configuration B has better reliability from the 
customer standpoint than configuration A because, on average, fewer customer 
interruptions occur whenever an outage happens. 


A B 


300 261.8 


{00 200 200 
5 
j 
150 
300 261.8 
One mile 


Figure 4.2 Simplified illustration of two ways a radial feeder can be laid out to serve the same 600 
customers and how configuration alters reliability. Each node represents 100 customers (identical in 
both feeder layouts). Both feeders have a failure rate of once per year per mile. A fuse protects the rest 
of the feeder from outages behind every node. Numbers shown at the middle of each segment are the 
expected failures for that segment. Numbers shown at nodes are the total customer interruptions/year 
expected at that node assuming the protection works. 
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Table 4.2 Differences Between the Feeder Layouts A and B in 


Statistic A B Difference 


Miles of conductor 5.00 5.24 +4.8% 
Feeder failures/year 5.00 5.24 +4.8% 
Customer interruptions/year 1,200 1,124 6.8% 
Maximum interruptions/customer 3.00 2.62 -12.6% 
Estimated relative cost 1.00 1.03 + 3.0% 


The difference in outage extent between configurations A and B really impacts only the 
frequency of outages. The average customer on feeder configuration B is 4.8% less likely to 
be interrupted. The expected total duration of customer interruptions — the number of 
customer hours of expected customer interruptions annually — is also lower by 4.8%, but 
only as a consequence of there being fewer customer interruptions in the first place. 
Changes in layout and fusing that reduce the expected extent of outages work on only the 
frequency of customer interruptions. They do little if anything to reduce duration of 
interruption, or to shorten the time to repair or restore service (assumed as one hour in all 
cases in Figure 4.2). 

Changing the layout and protection scheme for a feeder to lower extent of outages is 
often the distribution planner’s chief means to reduce frequency of interruptions. Other 
means of improving customer reliability, such as providing additional contingency margin, 
arranging multiple re-switching zones, and automation to reduce duration, do not reduce 
frequency of interruptions. 


Types of Interruptions 


Interruptions can be classified by their duration. lists typical interruption 
definitions and averages from the author’s survey of usage throughout the power industry. 
Practice and interpretation vary from utility to utility. In the author’s opinion these 
definitions are somewhat unsatisfactory. The names imply that they relate to interruption 
duration, yet they are defined by equipment and operating factors, such as whether an 
interruption is restored automatically or manually. This, along with differences in exactly 
how the definitions are interpreted, means that application, for example the use of 
“momentary interruption,” varies greatly from utility to utility. In addition, the typical 
definitions shown in Table 4.3 strike the author as too lengthy to match their names. 
“Instantaneous” as used by many utilities encompasses interruptions of up to 20 seconds. In 
the author’s opinion, “instantaneous” implies no more than a second. Similarly, 
“momentary” is used for durations of up to three minutes, whereas a minute seems more 
appropriate. 

Perhaps more important, these distinctions mean nothing to electric consumers, so they 
do little to help a utility improve service from the customer’s perspective. A four-minute 
interruption is a four-minute interruption, whether restored automatically (making it 
momentary) or manually (making it a “temporary” interruption). 
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Table 4.3 Traditional Type Classification for Interruptions 
Type Definition 


Instantaneous An interruption restored immediately by completely automatic equipment, 
or a transient fault that causes no reaction by protective equipment. 
Typically less than 15 sec. 


Momentary An interruption restored by automatic, supervisory, or manual switching at a 
site where an operator 1s immediately available. Usually less than three 


minutes. 

Temporary An interruption restored by manual switching by an operator who is not 
immediately available. Typically, thirty minutes. 

Sustained Any interruption that is not instantaneous, momentary, or temporary. 


Normally more than an hour. 


Beyond the distinctions shown in interruptions are classified into scheduled 
interruptions (the utility scheduled the interruption for maintenance purposes) or forced 
interruptions (the interruption was not expected and not scheduled). Implicit in these 
definitions, and the most important factor in the author’s mind, was whether customers 
were informed reasonably far in advance of the details of any “scheduled interruption.” The 
combination of the distinctions with the duration classifications creates such subcategories 
as “scheduled temporary outage,” etc. 

Every planner should pay close attention to the definitions used by his company and by 
other utilities to which his system’s reliability is compared. What appear to be identical 
indices can vary because of differences in how interruptions are defined. Many utilities do 
not include scheduled outages, storms, and other “non-failure-related”’ interruption in their 
reporting procedure.’ Others leave momentary interruptions out or report them as a special 
category. 

Such differences in definitions, interpretations, and reporting practices can frustrate 
distribution planners who try to find some real meaning in comparisons of their company’s 
reliability experience to that of other utilities. Worse, these differences often cause 
confusion and frustration among customers, regulators, and industry standards 
organizations. A very common situation that leads to frustrated customers is the following: 
a disgruntled factory manager calls his electric supplier to complain about six interruptions 
that have occurred during the last five weeks. The electric utility’s representative stops by 
the next day with operating statistics that show that no interruption in the plant’s service 
occurred during the last six months. 


' In the past, many utilities remove some “storms” from reliability statistics, arguing that outages 
and interruptions caused by hurricanes, tornadoes, and earthquakes should be removed from 
Statistics that are meant to reflect long-term trends in satisfying normal reliability needs. There is 
some merit in this concept, but the removal of “storm-caused” interruptions has been carried to 
extremes, such as a utility which claimed that all line-down failures during the three months 
following a hurricane were due to stress put on overhead lines by the hurricane’s high winds. As a 
result, statistics for that year were the best ever recorded. What makes more sense, and is a 
recommended practice, is for a utility to separate “normal weather” and “extreme weather” 
performance statistics. The first indicates the quality of its operations with respect to system design, 
maintenance, and normal operations. The second indicates how it manages storm response, 
restoration, and rebuilding, activities that some utilities (Progress Energy in North Carolina) have 
shown can be managed with far above average results due to focus and careful planning. 
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Table 4.4 Duration Limits Used to Define Instantaneous, Momentary, and 
Temporary Outages at Fight Utilities 


Utility Instantaneous Momentary Temporary 

1 not used <5 minutes 5 min. to 45 min. 
2 < 15 secs. 15 sec. to 1 min. 1 min. to 45 min. 
3 not used up to 30 seconds 30 sec. to 30 min. 
4 < 15 seconds 15 sec. to 2 min. 2 min. to 1 hour 
5 < 60 seconds 60 sec. to 5 min. 5 min. to 2 hours 
6 not used <1 minute 1 min. to 52 min. 
7 < 1 minute not used 1 min. to 2 hours 
8 “cleared by inst. relay” up to 2 minutes 1 min. to 1 hour 


Both factory manager and utility representative are “correct,” but the utility’s definition 
counted only temporary and sustained interruptions, while the factory manager was 
concerned because interruptions lasting less than a minute could lock up robotic equipment 
and bring other computerized operations to a standstill. At the present, this leads to 
disgruntled customers. As the power industry switches to open access and competition 
between suppliers, it will lead to customers who switch to another supplier. This is one 
reason reliability will become more important in distribution planning and operations. 

Another point every distribution planner must bear in mind when working with 
reliability statistics is that utilities which report a certain type of interruption statistic, such 
as number of momentary operations, vary widely in how they interpret that and other 
definitions, as shown by Table 4.4, which lists interruption definitions from eight utilities in 
North America. 


4.3 RELIABILITY INDICES 


In order to deal meaningfully with reliability as a design criterion for distribution, it is 
necessary to be able to measure it and set goals. A bewildering range of reliability indices 
Or measures are in use within the power industry. Some measure only frequency of 
interruption, others only duration. A few try to combine both frequency and duration into a 
single value, which proves to be a nearly impossible task. Some measures are system 
oriented, looking at reliability averaged over the entire customer base. Others are customer 
or equipment oriented, meaning that they measure reliability only with regard to specific 
sets of customers or equipment. To complicate matters further, most utilities use more than 
one reliability index to evaluate their reliability. The large number of indices in use is 
compelling evidence that no one index is really superior to any other. In fact, the author is 
convinced that no one index alone is particularly useful. 

The basic problem in trying to measure reliability is in how to relate the two quantities, 
frequency and duration. Are two one-hour interruptions equivalent to one two-hour 
interruption, or are two one-hour interruptions twice as bad as the one two hour 
interruption? Most people conclude that the correct answer lies somewhere in between, but 
no two distribution planners, and no two electric consumers for that matter, will agree on 
exactly how frequency and duration “add up” in importance. For one thing, the importance 
of frequency and duration vary tremendously from one electric consumer to another. There 
are some industries where a five minute interruption is nearly as damaging to productivity 
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as a one-hour interruptions — their computer and robotic equipment requires hours to re-set 
and re-start, or they have a long production process so sensitive to power fluctuations that 
they have to start over at the beginning if there is even a slight interruption. For these 
customers five five-minute outages are much more serious than a single one-hour outage. 

But there are other customers for whom short outages cause no significant problem, but 
who experience inconvenience during a sustained interruption: factories or processes where 
production is only significantly reduced if equipment has time to “cool down.” Interruption 
of power to a heater or tank pressurizer for a minute or two is not serious, but sustained 
interruption allows a cool-down or pressure drop that results in reduced production. 

Frequency of interruption has becoming increasingly emphasized by utilities and their 
customers, partly because of the widespread use of digital clocks and computerized 
equipment. Even momentary interruptions cause blinking digital displays and disable 
robotic and automatic digital equipment. Although this “digital” economy has contributed 
to some of the increased emphasis and is often cited as a justification for a very high 
reliability power system, the author believes frequency of interruption has grown in 
importance for other reasons, as will be discussed in Chapters 21 and 

The amount of power interrupted is also an important factor. Some reliability 
calculations and indices are weighted proportionally to customer load at the time of 
interruption, or to the estimated energy (kWh) not delivered during the interruption. 

The four most popular indices used in reliability analysis make no distinction of 
customer size. They treat all customers alike regardless of peak demand, energy sales, or 
class. These indices are SAIFI and CAIFI, which measure only frequency, and SAIDI and 
CTAIDI which measure only duration. Usually these four are used in conjunction with one 
another — four numbers that give a rough idea of what is really happening to reliability 
system-wide. These four indices, and most others, are based on analysis of customer 
interruptions during some reporting period, usually the previous month or year. All count a 
customer interruption as the interruption of service to a single customer. If the same 
customer is interrupted three times in a year, that constitutes three customer interruptions. If 
one equipment outage caused simultaneous interruption of service of three customers, that, 
too, is three customer interruptions. 

The “S” in SAIFI and SAIDI means these two indices average their interruption 
statistics over the entire customer base (the system), the “C” in CAIFI and CTAIDI means 
those indices refer to only customers who experienced interruptions. Customers who had 
uninterrupted service during the period are precluded from CTAIDI and CAIFI analysis. 

System Average Interruption Frequency Index (SAIFI) is the average number of 
interruptions per utility customer during the period of analysis. This is just the total number 
of customer interruptions that occurred in the year divided by the total number of customers 
in the system, 


SAIFI = number of customer interruptions (4.1) 


total customers in system 


Customer Average Interruption Frequency Index (CAIFI) is the average number of 
interruptions experienced by customers who had at least one interruption during the period. 
While SAIFI might state that there where 1.3 interruptions per customer, perhaps half of the 
customers experienced no outage. This means the rest had an average of 2.6 
outages/customer. CAIFI tries to account for this by considering as its denominator only 
those customers that had at least one interruption. 


CAF = number of customer interruptions (4.2) 


number of customers who had at Jeast one interruption 
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If there is a large difference between CAIFI and SAIFI, it means outages are concentrated 
in only certain parts of the system or on certain customers. This could be due to poor 
design, poor maintenance, differences in the weather among areas of the system, or just 
plain bad luck, and further investigation will be required to determine cause and cure. 

System Average Interruption Duration Index (SAIDI) is the average duration of all 
interruptions per utility customer during the period of analysis. Here, the total customer- 
minutes of interruption are added together and divided by the total number of customers in 
the system. 


sum of the durations of all customer int i 
SAIDI = u S fal customer interruptions (4.3) 
total customers in system 


Customer Total Average Interruption Duration Index (CTAIDI) is the average total 
duration of interruptions among customers who had at least one interruption during the 
period of analysis. 


CTAIDI= sum of the durations of all customer interruptions (4.4) 


number of customers who had at least one interruption 


This particular computation, total number of customer hours out of service divided by the 
number of customers who had at least one outage during the period, was traditionally called 
CAIDI, customer average interruption duration index, without the “T.’’ However, recently 
many planners in the power industry have tended to compute CAIDI as the total number of 
customer hours of interruption divided by the total number of customer interruptions, which 
yields just the average duration of a customer interruption. 


sum of the durations of all customer interruptions 


CAIDI= number of customer interruptions (4.5) 


The difference between CTAIDI and that definition of “CAIDI” is that a customer who has 
three outages is counted only once in the denominator of CTAIDI, but three times in the 
denominator of “CAIDI.” This term, “CAIDIY’ is an example of how an incorrect popular 
use of a term can change its meaning. The value now associated with “CAIDI” — average 
duration of an interruption — is actually a statistic, not an index. Regardless, the more 
commonly used definition of “CAIDI’ now corresponds to the average customer 
interruption duration. Note that CTAIDI/CAIFI = CAIDI. 

If there is a large difference between CTAIDI and SAIDI, it means service outages are 
concentrated on only part(s) of the system, with certain customers receiving many and some 
others receiving few. This could be due to poor design, poor maintenance, aging 
infrastructure in some areas, or just plain bad luck. Further investigation will be required to 
determine cause and cure. 

Momentary Average Interruption Frequency Index (MAIFI1) is the average number of 
momentary (and sometimes instantaneous) interruptions per utility customer during the 
period of analysis. Typically, if a utility distinguishes momentary interruptions as a separate 
class, then they are not included in the SAIFI and CAIFI statistics and MAIFI may be 
computed separately as 


number of customer momentary interruptions (4.6) 


MAIFI = total customers in system 


In such a Situation, total interruptions (from the customer standpoint) are probably best 
estimated by the sum: SAIFI + MAIFI. 

Generally, interruptions are defined as momentary if they last less than some time limit, 
the MAIFI threshold or the momentary interruption time limit. They are not counted into 
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SAIFI, but into MAIFI instead, and their duration is not included in SAIDI. Interruptions 
with a duration beyond this limit are defined as sustained interruptions, and counted in the 
SAIFI index instead of MAIFI, and their duration is included in SAIDI statistics. The 
momentary interruption time limit used by utilities varies widely within the power industry, 
from as little as one minute to long as half an hour. Five and fifteen minute momentary 
interruption line limits are the most common. [Chapter 14] will discuss how rapid switching 
can affect reliability measures by “moving” interruptions from SAIFI and SAIDI counts to 
the MAIFI count by reducing restoration times below the MAIFI threshold. 


Load Curtailment Indices 


In addition, a number of indices try to relate reliability to the size of customer loads in order 
to weight the interruption of a large Joad more than a small load. These usually work with 
kV A-minutes of outage using 


Customer load curtailment = duration of outage x kVA unserved (4.7) 


Customer Average Load Curtailment Index (CALCI) is the average interruption kVA 
duration interrupted per affected customer per year. 

CALCI= sum of all customer load curtailments (4.8) 

number of customers who had at least one interruption 

Often, a very important statistic is the interruption rate and duration for the worst-case 
customer or customers. While the system as a whole could have good reliability, a small 
group of customers could still receive substantially lower reliability. CTAIDI and CAIFI do 
not always highlight such a situation, because the worst-case statistics could be mixed in 
with hundreds, even tens of thousands, of other interruptions. For this reason, some utilities 
record and use the worst case situations for their system evaluations. 

Maximum Individual Customer Interruption Frequency (MICIF) is the maximum 
number of interruptions experienced by any customer during the period. In some cases, to 
average the impact of extreme or unusual cases, MICIF will be computed as the average of 
the worst n customers with regard to number of outages during the period (n is typically 
between 12 and 100). 

Maximum Individual Customer Interruption Duration (MICID) is the maximum total 
interruption time experienced by any customer during a period. Similar to MICIF, this 
index is often averaged over the worst 7 customers in order to remove the impact of unusual 
circumstances. 

Usually, the same customer(s) is not involved with both MICIF and MICID, because 
frequency and duration are tied to very different processes. The customer with the 
maximum duration time in a year may have had only one or two outages, but be in a very 
isolated location that takes quite some time to reach in order to effect repairs. 


Availability Indices 


Roughly 75% of utilities in North American also calculate and report monthly and annually 
the availability of power: the percent of time, percent of customers, or fraction of demand 
for which power was available. These statistics tell almost nothing about the system, 
because they are always very close to 1.0 and the difference between acceptable (e.g. 
99.97%) and non-acceptable performance (99.94%) is negligible as measured. Availability 
indices expressed in this manner are popular chiefly because they look very impressive to 
the uninitiated — as stated in the introduction of this chapter, a 99.9% availability statistic 
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looks very good, and this number exceeds the “very best” that can be done in many other 
endeavors, but with respect to power it is unacceptable to most customers and industries. 
Indices such as SAIDI, SAIFI, CTAIDI, and CAIFI are much more useful at tracking 
reliability and indicating what and where improvement is needed. 


Using Reliability Indices 


Duration as given by SAIDI and CTAIDI and frequency as given by SAIFI, MAIFI, and 
CAIFI are very different aspects of reliability, related separate aspects of the utility system 
and its operation. Frequency, whether defined by SAIFI, CAIFI, or some other index, 
measures how often failures occur. It is mostly a function of the causes of the outages and 
their extent — the type and condition of T&D equipment and the layout of the system. 
Duration, on the other hand, is almost exclusively a function of the utility’s organization, 
management, and resources for T&D repair.” Generally, the planner has a great deal more 
influence over layout and specification of equipment, factors that relate to frequency, not 
duration. Therefore, distribution planners tend to focus mostly of SAIFI, CAIFI, MAIFI, 
and MICIF. SAIFI is the simplest reliability measure, the most intuitively understandable, 
and the one which holds the least counterintuitive surprises. It is perhaps the best single 
indicator of a distribution system’s relative “health” as regards equipment and design — 
number of customers interrupted is dependent on the layout of the system and the condition 
of its equipment more than it is on the utility’s management of the restoration process. 

By contrast, SAIDI and CTAIDI and duration indices in general are not so much a 
measure of the condition of the distribution system and equipment as they are a measure of 
how quickly the utility can restore service once a failure occurs. Doubling the repair crews 
available to restore service and spacing them out over the system so that on average they are 
closer to potential trouble spots will reduce repair times, and thus SAIDI and CTAIDI, but 
it will do nothing to reduce SAIFI and CAIFI. | 

CAIFI and CTAIDI are only superficially similar to SAIFI and SAIDI. The point of 
these two statistics is to distinguish how evenly distributed interruptions are over the 
system, or how concentrated in only a few areas they may be. Note that for any one system 
and period 


SAIFI $ CAIFI SAIDI <CTAIDI CAIFI 2 1.0 


Note that the ratio of SAIFT to CAIFI and SAIDI to CTAIDI is the same; each pair has the 
same numerator, and they differ only in (the same two) denominators. 


SAIDI/CTAIDI = SAIFI/CAIFI = fraction of customers who 
experienced at least one 
interruption in the period 


Therefore, CTAIDI versus SAIDI tells the planner nothing more than CAIFI versus SAIFT. 
Although many utilities use both, it actually provides no more information than using only 
one, either CTAIDI or CAIFI. 


? For example, the duration indices can be cut dramatically by doubling the number of repair crews 
standing by, and spacing them throughout the system so that the probability is high one or another 
will be close to every outage. Time to reach outages and restore service will be cut, leading to a 
reduction in SAIDI and CTAIDI. However, frequency of outages and the SAIFI and CAIFI indices 
will be unaffected. 
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Figure 4.3 Three-year moving average of the annual number of interruptions for a region of a utility 
in the central United States. This area grew from open farmland into a developed metropolitan suburb 
during the period 1962 to 1970, during which time interruption rate rose due to the problems common 
to areas where new construction is present (digging into lines, initial high failure rates of new 
equipment and connections). Twenty years later, interruption rate began to nse again, a combination 
of the effects of aging cable (direct buried laterals in some residential areas) and trees, planted when 
the area was new, finally reaching a height where they brush against overhead conductor. The 
anomaly centered around 1982 was due to a single, bad storm. 


Averaade Duration — Minutes 
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Figure 4.4 Average hours out of service per interruption on a monthly basis for a rural utility in the 
northern United States varies due to random fluctuations, differences in the number of days in each 
month, and changes in weather. It also appears that average duration of interruption (dotted line), is 
slowly increasing over time, but further study is necessary before this conclusion can be confirmed. 
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Analysis Using Reliability Indices 


Reliability indices are applied in historical analysis to evaluate operating experience and 
reveal trends or patterns, expose problems, and indicate how and where reliability can be 
improved. They are used in predictive analysis to evaluate how well proposed solutions are 
likely to solve the identified problems. shows frequency of customer interruption 
(SAIFD for one suburban operating district of a metropolitan utility on an annual basis over 
a twenty-eight year period. The operating district was open farmland (i.e., with no trees) up 
to 1962, when suburban growth of a nearby metropolitan region first spilled into the area, 
with much construction and the typically high interruption rates characteristic of 
construction areas (trenchers digging into underground lines, early equipment failures of 
new distribution facilities, etc.). 

Over the following ten years, as the area plotted in Figure 4.3 gradually filled in with 
housing and shopping centers, and construction and system additions stabilized, frequency 
of interruption dropped. Twenty years after the area first began developing, interruption rate 
again began to rise because of two factors: gradually increasing cable failure rates due to 
age and the effects of trees, planted when the area first developed, now reaching a height 
where they brush against bare conductor on overhead lines. 

Another obvious comparison to look at is the average duration of an outage, which is 
simply the total duration of all interruptions divided by the total number of interruptions 
that occurred during a period. The average duration is also given by the ratio SAIDI/SAIFI 
or CTAIDI/CAIFI. Average duration of interruption provides an indication of how the 
types of outages vary or how the utility is managing the entire process from trouble call to 
service restoration, as shown in Here, the increase in outage duration during 
winter for a utility in the northern United States is clearly visible (winter storms stress repair 
resources and make travel to repair sites lengthier). A possible upward trend in overall 
duration is also discernible. Without additional study, it is not possible to determine 
whether this is due to an increase in the number of outages, a change in type of outages 
occurring (perhaps “more serious” outages are occurring more often as equipment ages), or 
to a less effective (slower) repair process. 


4.4 COMPARISON OF RELIABILITY INDICES AMONG UTILITIES 


Comparison of SAIDI, SAIFI, and other reliability indices among different utilities can be 
an exercise in frustration for the distribution planner, because supposedly similar standard 
definitions such as SAIFI vary tremendously in practice from one utility to another, as 
alluded to in section 4.3. The definitions and formulae for the various indices are nearly 
always the same from utility to utility, but the characteristics of the component 
measurements and data sources that input into the formulae are different. As a result, 
comparison of SAIFI values between two utilities may show a large discrepancy when there 
is no significant difference in actual customer interruption levels. Despite this difficulty, 
and the questionable utility gained by such comparisons, most distribution planners are 
asked to perform such studies from time to time. 

The usual reasons that utilities compare reliability statistics are to determine how well 
they are doing versus the rest of the industry and to prove that their system is better than 
average. They may also be interested in determining what might be a reasonable target for 
their reliability criteria. gives SAIDI and SAIFI statistics for six utilities based on 
what the author believes to be fairly equivalent definitions and reporting methods. If 
nothing else, this table shows that reliability results differ tremendously because of real 
differences in service territory, climate, and demographics. 
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Table 4.5 Average Annual SAIFI and SAIDI for Six Utilities 1988-1992 


Utility Service Area Climate SAIFI SAIDI 
1 Dense urban area Hot summers, bitter winters 13 16 
2 Urban/suburban Hot nearly year round cae 34 
3 Suburban & rural High isochronic (lightning) 2.0 97 
4 Urban & rural Mild year round Z.1 122 
5 Rural, mountainous Mild seasons 11 168 
6 Rural, mountainous Bitter winters 23 220 


Differences in How Reliability Indices Are Computed 


The values shown in Table 4.5 were adjusted, as carefully as possible, to reflect a common 
basis of definitions, measurement, and reporting. The author believes they are roughly 
equivalent. However, as mentioned earlier, terms like SAIDI and SAIFI are in wide use 
throughout the power industry but often with differences in exact interpretation and 
reporting of their component parts. For one thing, as was discussed earlier table 4.4}, there 
are differences in how utilities define the types of interruptions they include in their 
reliability indices. This can materially affect the resulting values. 

In addition, there is no commonality in how the customer count used in the denominator 
of most reliability indices are defined and ascertained. Many utilities consider a master- 
metered apartment building or shopping mal! to be a single “customer,” while a few count 
the individual units or stores as customers to get a more accurate assessment of interruption 
impact. Regardless of this difference, there are other variations in customer count. Most 
utilities define the number of customers system-wide as the average number during the year 
or use best estimates on a monthly basis. Others use the number as of January Ist or some 
other date. Policy on counting seasonal customers (summer beach homes only served part 
of the year) varies too. The important point is that slight variations in system reliability 
indices, due to growth, seasonal change, and simple differences in how “customers” are 
counted, are common and can account for differences of up to 5% in SAIDI and SAIFI 
statistics. 

In addition, utility practice differs widely when estimating how many customers any 
particular outage actually interrupts, something that makes statistics like CTAIDI and 
CAIFI vary greatly from utility to utility. Some utilities use very comprehensive databases 
and distribution management systems (DMS) to determine precisely how many customers 
each equipment outage takes out of service. But many utilities use approximate methods to 
estimate the customer count of each particular outage because they lack the data or 
resources to perform such analysis accurately. 

For example, one utility in the midwest United States employees a reliability assessment 
procedure that assumes every feeder outage knocks out service to an average number of 
customers, in this case 1764 customers (the average customer per feeder over their entire 
system). Thus, every instance of a locked-out (completely out of service) feeder is assumed 
to have interrupted service to exactly 1764 customers, even though the number of 
customers per feeder varies from less than 600 to more than 2400. Furthermore, their 
procedure assumes that every partial feeder outage knocks out power to 294 customers (one 
sixth of the customer count on an average feeder). Over a large system and a full year such 
approximations may make little difference in the computed SAIDI, SAJFI, and other 
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indices. On the other hand, they may; and they do introduce a significant approximation 
error when computing indices over short periods or within small regions. 

Another difference in reporting practices is whether momentary interruptions caused by 
“cold switching” during restoration and maintenance are counted. Sometimes, to avoid 
closing a loop between substations or feeders, it is necessary to isolate a portion of a feeder 
first before switching it to a new feeder or substation source. Proper organization of 
distribution operations and personnel can reduce this interruption to as little as five seconds, 
but it does cause customer interruptions. Some utilities count these interruptions as 
momentary or temporary interruptions, but many don’t. 

Load estimation procedures for the various curtailment indices such as CALCI are 
another factor that varies tremendously in practice. Some utilities calculate the curtailed 
energy based on average load (annual billing divided by 8760 hours) for the customers 
involved, not the actual load at time of outage. Others try to estimate the actual demand 
using hourly load models for various customer types. 


Estimated Durations of Interruptions 


The single widest variation in reliability reporting practices relates to the definition of the 
duration of interruptions. Nearly every utility has a good record of when service is restored 
to each interrupted customer, but all but a few (those with real-time monitoring equipment 
in the field) estimate the time the interruption began. Breaker operations that lock out a 
feeder or a whole substation usually are recorded by SCADA or on-site equipment, so the 
timing is known precisely. But these outages constitute only a small part of distribution 
failures. There is no similar recording mechanism to identify the precise time when a line 
fuse operated or when a lateral line fell. To compute the duration of the outage and the 
interruptions it caused, this time of occurrence has to be estimated by some means. 

Many utilities define the “start” of each interruption as the time when it is first reported, 
even though it had to have occurred before the first customer called in to report the trouble. 
Some utilities try to account for that delay by adding a minute or three minutes to the time 
when they recorded the call. However, no one wants to use a procedure that lengthens the 
duration of the outage data, making the duration indices worse, as that policy does. A very 
few utilities still apply a practice with the opposite effect, one common in the 1930s, 
defining the “start time” for interruptions as the moment when each is relayed to the 
distribution dispatcher, which can be from two to fifteen minutes after the trouble call was 
first received from the customer. 

Thus, anyone comparing statistics between two or more utilities expect noticeable 
differences to exist in their statistics due only to definitions and recording differences. If 
one wants to adjust these data to account for these differences so that they can be compared 
on a valid basis, they will have to be prepared to do a great deal of additional work, and 
they should not be surprised if this cannot be done well. 


Setting Reliability Targets 


Most utilities set reliability targets for their operations and manage planning, engineering, 
and operations to achieve those targets. However effectively, and economically, this is done 
is often subject to question, and practices at many leave much room for improvement. But 
the process starts with the determination of the reliability target — the desired reliability 
performance of the system. Utilities base their decision on the needs of their customers, the 
business advantages they see of one reliability level over another, and in many cases 


considerable “help” from the regulatory process. and 21) covering criteria for 
planning of a power system, will discuss methods for determining reliability targets. 
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4.5 BENCHMARKING RELIABILITY 


Benchmarking is a process of comparing a person, group, or company’s performance to its 
peers for purposes of identifying needed areas of improvement or discovering ways to 
improve performance. Many electric and gas utilities “benchmark” themselves against other 
utilities in order to determine “how good they are” as part of programs or initiatives aimed 
at improving customer and stockholder performance. Reliability, as measured by SAIDI, 
SAIFI, and other indexes, is nearly always a feature in these comparisons. Money, as 
measured by profit margin, debt/equity ratio, and/or capital and O&M expenses per 
customer, MW, or whatever, is also an important aspect. 

Benchmarking projects are usually initiated as the first step in an internal initiative by 
the utility to improve its performance. Reliability as seen by the customers and customer 
service and satisfaction are always key factors of comparison. But money is always at the 
heart of any such study; even if the focus is on improving reliability and customer service, 
concerns about expenses and improving the bottom line (profitability) will be very much on 
executives’ minds. Figure 4.5 shows the relationship that benchmarking projects have with 
respect to follow-on activities and results. 

Benchmarking, particularly of reliability statistics and operational practices, is fraught 
with pitfalls, beginning with the difficulties mentioned earlier created by subtle differences 
in the interpretation and application of definitions, measuring systems and accounting 
practices, and reporting periods, etc. This makes it very difficult if not impossible to 
completely “equivalence” two utilities and their operating histories — in the author’s opinion 
about the best that can be done is to obtain comparisons within a 10% range. 


Types of Benchmark Studies 


Benchmarking is done for a variety of reasons. But while the need and motivation may 
differ from project to project, in all cases the utility is concerned about its performance, 
usually the concerns covering a combination of customer service (e.g., reliability, customer 
satisfaction, public safety) and financial (debt/equity ratio, profit margin, O&M spending, 
etc.) issues. Almost all benchmark studies fall into one of the four categories, summaries of 


which are given in |Table 4.6, 


Average Reported SAIDI - 1995 - 1999 
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32 Suburban-Rural Utilities 


Figure 4.5. Here, one particular utility (darkly shaded bar) has been “benchmarked” with respect to 
SAIDI against 31 other utilities. A bar chart is often used to display ranking data as it conveniently 
communicates both where the utility ranks (somewhere in the lower half in this case) and gives a good 
idea of how wide the spread in performance ts among the group (quite a lot, in this case). 
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Table 4.6 Types of Benchmark Studies and Their Purposes 


Type Studies Nature Level of Detail Focus Purpose 
Ranking A large peer —_—The utility is compared to a large peer Low. Often limited to easy Basic statistics (SAIDI, To rank utility against its 
group of other group and ranking within that group. to obtain statistics found in SAIFD) and financial class. Often defensive, to 
utilities publicly reported ratios (O&M budget per refute regulatory 
documents, etc. customer) criticism. 
Gap analysis Top The performance gap between the Comprehensive. May Basic indices (SAIDI) Part of performance one- 
performers utility and best in class is identified subdivide performance and complex financial time improvement 
only and studied. areas and look at cost and ratios (e.g., new programs. 
resource efficiency. debt/revenue) 
Process Top and Focus is on how top performers Often goes into great detail Processes, technology, _ Part of one-time 
bottom obtain that level of performance and about technology, human resource and performance 
performers in what portion of their methods could procedures, organization —_ organizational issues improvement programs. 
class be adopted by the utility. used. 
Continuous _ The utility Used to track and guide performance Tracks basic performance Usually limited to wide _ Part of continuous 
itself and over time and verify improvement Statistics, usually not dissemination of statistics improvement programs. 
perhaps top results are being obtained. financial ratio indices. on areas of expected 
performers improvement 


i 


Copyright © 2004 by Marcel Dekker, Inc. 


Aypqeiay waysks samog 


LoL 


122 Chapter 4 


Position or ranking benchmark projects 


What might be called position or ranking studies compare a utility to a group of its peers 
(similar utilities in terms of size and other salient characteristics) or the industry as a whole 
and rank the utility in terms of its position. This type of study might determine that a utility 
was in the top 18” percentile with respect to SAIDI and the 53™ percentile with respect to 
O&M spending per mile of line, etc. shows this type of a ranking for a group of 
32 utilities. Given the aforementioned fuzziness of any benchmark study, such studies are 
never conclusive, but they do give some indication of how the utility is performing; Figure 
4.5 makes it clear that, even if the data are off by 10% or more, the overall conclusion (that 
a number of other utilities are noticeably outperforming this utility) is valid. 

Ranking projects are sometimes done at the request of one of the utility’s executives 
who is curious or concerned that the utility may not be performing as well as possible, and 
thus requests an objective study of how the company is doing relative to the rest of the 
industry. But this type of study is most often undertaken as a defensive project in response 
to criticisms or suggestions that improvement is necessary, usually from a regulator or 
intervener, but perhaps in the press or from stockholders. 

Defensive projects are nearly always done in something of a crisis environment, with 
considerable executive sponsorship and attention. Often, such projects have a very narrow 
span, limited to the areas of criticism (i.e., if maintenance practices were criticized, then 
only maintenance practices are benchmarked). The project’s purpose is merely to rank the 
utility against its peers and show (hopefully) this it is doing well compared to other utilities. 
There is seldom any consideration given to the possibility that all utilities in the identified 
peer group might be performing poorly compared to the best that could be done. 
Regardless, there is almost always a firm belief within the utility, and an expectation, that 
the study will refute the external criticism and prove that the criticism is unfounded. This 
can bias the study’s objectivity and results. 


Gap analysis benchmark projects 


Where a ranking study focuses on utilities and looks at many other utilities and determines 
“position within the pack,” a gap analysis focuses on the performance level, looking mainly 
or only at any performance gaps. One can view these projects as differing in perspective: 
ranking projects focus mainly on the horizontal aspect of Figure 4.5. Gap analysis projects 
focus on the vertical scale and its aspects. 

A gap analysis for the utility in Figure 4.5 would find the three or four best performers 
in its peer group and focus on the SAIDI gap between the utility being benchmarked and 
these utilities (a difference of about 80-90 minutes). At some point, this type of evaluation 
always moves to a bang-for-the-buck basis. Instead of looking at SAIDI alone, it would 
look at O&M spending versus SAID] and seek to identify as top performers those utilities 
that spend the least to obtain the most performance in this category. 


Process benchmarking projects 


In many cases, a gap analysis project will go into considerable detail in analyzing the 
performance gaps between a utility and the best performing utilities in each case and 
include a study of how and why the performance difference exists. Projects that move to an 
examination of the methods used by the leaders in the peer group, and that try to diagnose 
and prescribe methods to make improvements, are process benchmarking. They focus on 
the means to achieve the performance, and will try to ferret out the organizational structures 
or technologies that the top performers are using to enable them to achieve their “best in 
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class” level. Often, a very profitable aspect of these studies is to also evaluate the lowest 
performers, to see what they don’t have and don’t do. 

This process level of investigation can be viewed as a second stage to a gap analysis, a 
stage which identifies the means through which the utility can hopefully replicate the top 
performance level and close that gap. (“In this category, all three top performers in our peer 
group had three common characteristics — a de-centralized service engineering structure, a 
discretionary reliability projects budget for each division, and mobile computing integrated 
with the regional TCOMS. By contrast, none of the lower quartile utilities had any of these 
characteristics.’’) 

Regardless, the process benchmarking studies and compares the technology (physical 
equipment, tools and machinery used), procedures (specific methods of performing tasks), 
and processes (method of grouping and fitting together procedures and communication 
among various tasks). It will include a look at organization (how functions and activities are 
identified, grouped, and assigned), communication (how information and priorities are 
disseminated through an organization), and responsibility and accountability. 

The best way to gain this detailed information on processes is to talk with the top 
performers. Surprisingly, given the apparent level of competition often implied by the 
benchmarking process, electric utilities are rarely reluctant to talk with another utility, and 
most are quite willing to share detailed information about how they attain their good 
performance. Simply calling and asking often garners an invitation to visit and discuss their 
practices. 


Continuous improvement benchmarking 


As part of initiatives to improvement performance, many utilities set up formal programs of 
measuring and tracking reliability and performance on a periodic basis. This internal 
benchmark process usually focuses on basic performance statistics (SAIDI, SAIFI, cost of 
unexpected maintenance) rather than cost-specific measures as done in gap analysis. The 
process generally both tracks performance over time and against the specific targets set in 
the utility’s “self-improvement program.” It may also compare one part of the company to 
another (e.g., north versus south operating divisions, etc.). 

The better projects of this type also track the continuing performance of the utility’s top 
performing peers (who are not stationary targets — they may have their own improvement 
programs).’ Generally, the results of these benchmark studies are widely disseminated 
within an organization, one of their purposes being to keep people focused on the 
improvement targets and let them see what their progress has been. 


Driving Forces and Purposes of Benchmark Studies 


Benchmarking projects are undertaken when a utility is concerned about its performance, 
whether because it must justify its performance level to an external agency or because it 
wants to improve it or both. summarizes the basic causes, flow, and effects of 
benchmarking projects. Emphasis will of course vary depending on the utility’s specific 
situation and strategy. . 

As mentioned earlier, often a utility is compelled by external criticism or regulatory 
requirements to defend its performance level, which often leads to a “defensive study” 
whose purpose is to show the utility’s performance ison par with its peers. However, a 


3 In fact, the author’s experience is that the top performing utilities are generally the utilities that are 
least satisfied with their present performance and most committed to improvement, and that they are 
usually top performers in driving continuous improvement. 
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Figure 4.6 Benchmarking, often centered around reliability indices and performance, is a key aspect 
of utility programs aimed at improving corporate financial performance. 


majority of benchmarking projects are part of a larger process of driving improvement in an 
organization. These improvement projects generally begin with a very visible initiative 
sponsored by an executive, widely publicized throughout the company and given 
considerable priority, and eventually they lead to both a one-time “quantum leap” effort to 
make big improvements in a short time and to a continuous improvement process 
institutionalized within the utility. 


One-Time “Quantum Leap” Programs 


Many utilities initiate a “self improvement program” aimed at quickly increasing financial 
performance and/or improving customer satisfaction, service reliability, or both. These are 
usually driven from the top down, often initiated and quite visibly championed by a top 
executive. Money is always the key factor in these initiatives, and in fact financial 
performance improvement has been at the heart of every such initiative in which the author 
has acted as consultant or advisor 

One-time initiatives generally set aggressive goals for improvement in spending and 
financial ratios (improvements of 50% in some numbers are not uncommon) and have 
relatively short-duration focus (one to two years). However, it is recognized that reliability 
will degrade unless an initiative to improve finances also pays attention to and maintains a 
commitment to good customer service quality. Thus the initiative takes the form of “we 
plan to improve [these particular financial measures] while making sure that customer 
service quality as measured by [specific reliability or customer satisfaction indices] is kept 
at satisfactory levels.” 

Ranking studies are among the first steps in these types of internal performance 
improvement initiatives. Even if the executives are certain that performance needed to be 
improved, they will ask for this study in order to conclusively document to employees that 
the utility needs to improve its performance. Gap analysis will be used as well as a guide in 
determining how much improvement can be expected, and process benchmarking will be 
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used to determine how to make the improvements and, through further study, how long it 
can be expected to take. Usually, the role of benchmarking in this process is to 


e Provide documentation for management to use to justify the need for 
improvement. (““We’re second quartile and need to improve to first.”) 


e Identify the nature of the improvement challenge for strategic planning 
and for planning of the improvement program. (“Detailed gap analysis 
indicates we can improve by 31% if we can emulate the performance 
Big State Electric currently has.”) 


e Identify the processes and technology steps that might be employed. 
(Clearly, a GIS system on the IT side, and an incentivized 
performance based contracting paradigm on the supply and services 
management side, are key factors in obtaining high performance.”’) 


e Determine and institutionalize the actual metrics (“We’re going to 
measure reliability as SAIDI with respect to this project, and this is 
exactly how we will gather data and compute it .. .”) 


e Set targets (“We will drive SAIDI down from our current 188 minutes 
to 150 by June 2005.”) 


These one-time self-improvement initiatives are usually created and managed as an 
extraordinary activity in the true sense of the word — an extra activity with a temporary 
mandate and goal, something quite apart from ordinary, continuing processes. 


Continuous Improvement Programs 


The highest levels of performance come from a system that is never satisfied with its 
performance, but instead continuously strives to improve it. To do this over the long term, 
the utility must institutionalize improvement — set up a system that is part of its basic 
processes and daily operation, and make the desire for improvement part of its basic 
culture. Frankly, this culture change is often the single biggest challenge utilities face. 
Internal benchmarking is a key factor in any such continuous program. It needs to be 
limited to a few key performance indicators (no more than five) and be routinely measured 
and reported (monthly, quarterly). Reasonable levels of internal comparison set up to create 
competition among divisions is usually an effective means to spur improvement. Thus, 
benchmarking of one function and one operating division against others is often an 
important continuing need. 


Internal dissemination of external benchmark data 


Whether used in a one-time initiative or as part of a continuous process, benchmarking 
projects can provide a utility with hard data about where improvement is possible and how 
to effect that improvement. One value of benchmarking is just proving it can be done. The 
explicit demonstration that higher levels of performance are possible because top 
performers are doing it quiets skeptics of any improvement program. This “demonstration” _ 
of the gap also provides management with indications of how much improvement can be 
expected. 

Thus, at the end of the initial benchmarking process, the utility will know where it needs 
to and can improve performance, even if the comparisons upon which this conclusion are 
based are fuzzy (partly or mostly qualitative). It will have an idea of how, where, and why 
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to implement changes to drive that improved performance. If it then implements these 
changes with focus, the use of internal periodic (e.g., quarterly) benchmarking, and a good 
management process that provides positive and negative feedback based on the 
benchmarks, the utility’s performance will steadily get better. 

A good deal of the value that flows from benchmarking against “peers” can come from 
dissemination of the information throughout the company, and its use as part of a program 
to create a will to improve. A key factor here is the identification of and dissemination 
within the company’s workforce of its “peer group” — just who are they being compared to? 
Picking known industry leaders as the peer group sets high standards but lets employees 
know that there is some pride expected in being among the best. Targeting a utility that is 
considered a rival creates a spirit of competition. 

Here, those managing the benchmark and continuous improvement process need to be 
mindful of the difference they can create between the peer group used in the early analysis 
stages and that used “publicly” within the company during the continuous improvement 
process. Objective analysis in the early stages of a benchmark project might determine 
conclusively that the company best matches the “losers” category (lowest quartile) among 
other electric or gas utilities, something that can and should be conceded and used in 
identifying the nature of the challenge the utility confronts in moving to the front of the 
pack. But the identification throughout the company of bottom-tier utilities as the identified 
“peer group” in a well-publicized continuous improvement program can be self-defeating, 
creating poor morale. The use of a few well-selected leaders as the target can have a much 
better effect on morale. This is not a subtle point, but one often neglected. 

Inevitably, there will be resistance to any effort to drive change and grumbling and 
objections. Management should anticipate these objections and have answers ready: “We 
realize that Big State Electric has slightly less rural distribution that we do, but comparison 
of our SAIDI to theirs is valid because...” 


Internal dissemination and use of internal benchmarks 


As mentioned earlier, a utility can accurately and dependably benchmark itself against 
itself. A continuing program of periodic measurement and reporting of key performance 
indicators is essential to any meaningful program of improvement. There are several issues, 
but for the most part this is straightforward; key factors are measured on a monthly or 
quarterly basis and communicated widely (posted on bulletin boards, put on IntraNet 
newsletters). This will show the workforce how and if their efforts are meeting goals. 

But the utility must have some system in place to apply corrective action if goals are not 
being met. Generally, as part of the improvement initiative, it will set up a group whose 
function is to not only track performance, but analyze processes and identify where 
deviations from expected performance are occurring, bringing this to management’s 
attention. This core “program compliance” group is an important element of driving 
change, and the interna] benchmark process is its eyes and ears. 

Benchmarks of one part of a company with another can create spirit of competition for 
improvement. Posting these results is a way to reward those who improve with recognition 
among their coworkers and to put pressure on poor performers to work harder. Internal 
benchmarking can fairly easily compare similar groups or functions (i-e., north and south 
operating divisions, etc.) in a “fair” way. 

However, it can be difficult to compare different types of departments or functions with 
others on an absolute scale. How does one benchmark the efficiency and improvement in 
the Fleet Management department with that of the T&D Planning and Engineering 
department, for example? These two departments have very different types of processes 
with very different needs and skill sets involved. Neither is necessarily more important or 
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difficult than the other; they are just different. This is a real issue (it is difficult). But it 
creates an additional issue of perception, for even if done well, inevitably some people will 
object to the benchmark results on the basis that it zs difficult and may not have been done 
well. 

A practice that works very well to resolve this “apples to oranges” comparison issue is 
to judge internal divisions on the basis of a department’s industry position — status relative 
to its peer departments in other utilities. This takes additional work in the benchmarking 
study, but has the added benefit of turning much of the competitive spirit outward, rather 
than inward against peers within the company. Thus, Fleet Management is benchmarked 
against fleet management performance (safety, cost/vehicle, etc.) across the industry. 
Similarly, so is T&D Planning and Engineering and so is the preventive maintenance 
program, human resources, and so forth. Divisions at the top of their peer group are 
rewarded; those at the bottom are urged to improve more. 


Caveats and Pitfalls in the Benchmarking Process 


Good benchmarking ~ valid comparisons and effective measures to guide improvement — is 
not easy to do. Superficial benchmarking studies, which might be useful as a general, 
qualitative guide can be done by quickly. For example, FERC Form | data or statistics from 
a published source such as McGraw Hill’s Electrical World Directory of Utilities can be 
assembled with a spreadsheet into a ranking of various statistics and ratios (O&M budget 
per mile of feeder, etc.). But such uncorrected and unadjusted benchmark comparisons 
provide little if any value, and on occasion can point the wrong way. There are a number of 
barriers that must be overcome to create truly useful benchmarks. 


Differing definitions 


The single biggest challenge facing a benchmark study is differing definitions. This impacts 
benchmarks of all areas of a utility. There are numerous examples, but here are several: 


What is transmission and what is distribution? Utilities (and state regulators) differ 
in how they define T and D. Therefore, performance measures (e.g., contribution 
to SAIDI) and expenses (O&M) that are attributed to “T” at one utility may be 
identified as “D” at another. That this is clearly an issue is quite easy to establish. 
The O&M budgets reported by utilities separately for “T” and “D” have as a set a 
greater standard deviation than the sum of T&D O&M budgets, and there is an 
inverse correlation between O&M spent on T and on D. shows this by 
plotting T and D O&M spending as reported by 25 medium sized public utilities. 


As mentioned in section 4.4, the exact definition of various reliability terms and 
indices, such as “interruption” and SAIFI, differs among utilities. Therefore, 
reported SAIDI at one utility may not exactly correspond to SAIFI as reported by 
another; one might include all interruptions over one minute in its SAIFI count, 
another only all interruptions over 15 minutes in duration. This requires work to 
identify (one must obtain the actual definitions in use) but can be nearly 
impossible to correct in the data comparisons (one needs the raw interruption 
statistics in order to determine how the other utility’s definition would have 
counted them). 


What constitutes the “field force” in counts of number of employees and cost of 
resources for repair and restoration varies greatly from one utility to another. In 
some utilities, personnel assigned to the stores and warehousing functions, as well 
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Figure 4.7 Maintenance spending on items classified as transmission and distribution among 25 
utilities in one peer group. A negative correlation exists between the two measures, meaning much of 
the variation in either measure is due to definitional differences among utilities. 


as service estimators and inspectors, record and survey clerks, and meter readers 
are considered part of the field force. At other utilities, the ‘field force” will 
include only that part of the work force actually assigned to field construction and 
repair work, and in a few cases only those who are journeyman or above line 
workers. This definitional] discrepancy can result in more than a 2:1 difference in 
reported labor costs for field force functions. 


What constitutes Planning and what constitutes Engineering vary greatly among 
electric utilities. Like with T and D, a strong inverse correlation exists between 
“P” and “E” comparisons such as number of full-time equivalent employees per 
million dollars of capital spending, etc. For example, one utility in the Midwest 
has 46 planners for a T&D capital budget averaging about $200 million annually. 
Another has only 28, but a T&D capital budget that is slightly larger. Yet the two 
utilities have very comparable processes — one simply defined “planning” as 
consisting of a greater portion of the entire plan-engineer-design process than the 
other. 


Inverse infrastructure correlations 


In addition to the inverse correlations of data that benchmark teams must overcome to 
achieve consistency and validity in their results, there is a more subtle type of correlation 
between the quality of the data and the performance of the utilities they are measuring. As 
an example, a clear inverse correlation exists between quality of data and performance in 
the area of interruption reporting. A computerized trouble call and outage management 
system (TCOMS) enables a utility to detect and respond to outages and storm damage 
much more quickly and in a more efficient way than a utility that is still using a traditional 
“wall map and notepad” process. Opinions and examples vary, but even a mediocre OMS 
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can lead to a 10-15 minute improvement in SAIDI over traditional “paper” outage 
management processes. The best TCOMSs do much better. 

But a TCOMS also does a much better job of tracking the actual start time, the true 
extent (customers affected), and the actual restoration time of every outage, and of 
recording all of this for later reporting. By contrast, traditional systems underestimate 
duration and extent. Many utilities see, upon installing their first computerized TCOMS, 
that their reported SAIDI and SAIFI values increase substantially. The author’s experience 
is that this difference averages about 30%, with some utilities seeing nearly a 50% increase. 

Thus, the top performers in terms of managing trouble and outages are going to be those 
utilities who have a TCOMS. Yet these same utilities will, on average, report about 30% 
more outages for any given amount of trouble or bad weather than utilities using inferior 
processes. 

Figure 4.8 shows the raw SAIDI statistics from adjusted by the author for 
these types of factors. SAIDI from utilities without any rigorous documented OMS were 
multiplied by 1.5 while those with systems were adjusted by factors from 1.35 to 1.05, 
depending on the quality of their TCOMS. While this adjustment system is only 
approximate, the results are certainly more useful to a utility wanting to really understand 
its situation than the raw values. 

A general observation: better performing utilities report more of their problems. 
Similarly, benchmark project participants should be aware that in general better-performing 
utilities have better reporting in general and that this means that statistics on negative 
aspects of operation are more complete and more dependable among top performers than 
among low performers. Thus, benchmark analysis teams should expect to find similar 
inversely correlated results in many areas of utility data. For example, one omnipresent 
symptom of poor safety practices is poor accident and injury reporting systems: thus a lack 
of reported accidents does not necessarily mean no accidents or a safety and quality process 
worthy of emulation. 


“Corrected” SAIDI - 1995 - 1999 


32 Suburban-Rural Utilities 


Figure 4.8 Raw SAIDI data from Figure 4.5 “corrected” for reporting quality differences by the 
author (see text). Position of every utility in the plot has stayed the same (the rightmost bar in this 
figure and Figure 4.5 refer to the same utility, etc.). Large differences in performance still exist, and 
the specific utility being benchmarked against its peers (darkly shaded bar) looks no better with 
respect to the industry than before, but the data are more relevant to additional study and analysis. 
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“Degree of difficulty” 


Another barrier benchmarking projects must overcome is distinguishing the impact of 
unavoidable differences in service territory or environmental factors from the impact of 
manageable differences in processes and technology. For example, industry operating 
reports leave no doubt that the SAIDI recorded at Central Maine Power (CMP) is roughly 
four times that reported by San Diego Gas and Electric (SDG&E). Does this mean that 
SDG&E is greatly outperforming CMP in terms of system design, protection, 
sectionalizing, and its trouble call, dispatching, restoration, and repair processes? Not 
necessarily. These two utilities, at opposite “corners” of the United States, are a contrast in 
many SAIDI- and SAIFI-related factors of a type beyond the control of the utility. CMP 
sees severe winters with extreme ice storms while San Diego enjoys some of the mildest 
weather in the nation. CMP’s customer basis is very dispersed, with 95% of its customers 
being in rural areas, throughout which there is a limited road system (in many regions this 
gives only one way in and out of an area). By contrast San Diego’s service territory is 
largely urban and rural with a nearly ubiquitous road grid that makes moving repair 
resources around a storm-damaged system or during adverse weather much easier. These 
and other differences in the “degree of difficulty” of maintaining system connectivity make 
it difficult to draw valid conclusions about the relative quality of these two companies’ 
operations processes based on operating statistics alone. 

Figure 4.9 shows the data from the previous figures normalized by the author to “level 
the playing field” with respect to factors like dispersion of the customer base, difficulty of 
terrain and road network, and adverse weather’s impact on field-crew travel times, etc. 
Again, as with the “corrections” applied in these adjustments are approximate 
although done with a sound and unbiased procedure. Regardless of a remaining +5% range 
of uncertainty, this increases the utility of the data for benchmarking and performance 
monitoring. 


250 


Corrected and Adjusted SAIDI 


32 Suburban-Rural Utilities 


Figure 4.9 SAIDI data shown in previous figures after both correction for reporting differences 
(Figure 4.8) and normalization for service territory and weather differences beyond the control of the 
utilities. The data are now more useful for identifying which utilities have the best processes in place 
to manage equipment outages and customer service interruptions. Darkly shaded bar is the utility 
being benchmarked. 
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The final data actually show that the benchmarked utility (darkly shaded bar) is a worse 
performer than shown by the raw data; the raw data eames showed that it was 
outperforming seven of the thirty-two utilities in its peer group. These adjusted and 
normalized data show that it is outperforming only five. More important to the utility’s 
improvement process, the final data identify two clear top performers (only one of whom 
was among the top performers found with the raw data). 


Focusing on both good and bad performers 


Due to the many barriers to completely valid comparison — different definitions, inverse 
correlations, and “degree of difficulty” problems — it can be a mistake to focus only on the 
top performers in a benchmarking study. While one needs to identify and study the top 
performers, and the “gap” they identify is important to many aspects of improvement 
planning, a lot can be learned by looking at the other end of the spectrum. There are often 
clear patterns and trends among the poor performers that indicate what not to do, and 
sometimes this is more demonstrable than at the top end of the spectrum. | 

For example, both of the two top performers in have a policy of temporarily 
assigning some of their repair and restoration resources (crews with bucket and derrick 
digger trucks) to troubleshooting early in a storm restoration process. The additional 
information and quicker diagnosis of the extent, location, and type of damage done to the 
system is considered more than worth the short-term loss of resources that can be dedicated 
to repair and restoration. Utilities practicing this approach believe it leads to better early 
planning of the entire restoration scheme and optimization of the use of resources, 
ultimately improving the whole storm restoration process. 

But does this policy really improve performance? After all, this is a group of only two 
utilities, even if they are top performers in this group. The fact that none of the bottom ten 
performers in the group practices this policy seems to indicate that, yes, this may be a factor 
distinguishing good from bad practice. 


4.6 CONCLUSION AND SUMMARY 


Reliability of service is one of the major factors electric consumers weigh in perceiving 
how well their electric supply system is doing its job. Whether that service is provided by 
an electric utility system or a distributed generator, the planners of the supply system must 
set appropriate reliability goals and plan, engineer, and operate it to achieve targeted levels 
of customer service reliability. 

Equipment outages cause customer service interruptions. Outages create more problems 
if they are frequent, if the have a lengthy duration, and if the extent of the interruptions they 
cause is great. Various reliability indices can be applied to combine frequency, duration, 
and extent into single-valued measures of reliability. Usually a utility uses one or more of 
these indices to track its customer service performance over time, by location, and with 
respect to function. 

Most utilities set reliability targets and manage their processes and performance to 
achieve these targets. Benchmarking — the process of comparing performance to peers in 
order to identify areas of improvement — is a useful tool for utilities that need to increase 
their customer service quality. 


provides a one-page summary of key points from this chapter. 
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Table 4.7 One-Page Summary of Chapter 4 


Reliability is the ability of the power delivery system to make voltage, of a satisfactory quantity and 
quality, available to meet the consumers’ needs. 


Equipment outages cause customer service interruptions. Many people often use the term 
“outage” to refer to a customer who is out of power, but strictly speaking, “outages” occur to 
equipment and the resulting loss of service by a customer is an “interruption.” 


Power interruptions have three aspects: frequency, or how often interruptions occur; duration, 
which is how long the interruptions last; and extent — how many customers are out of service due to an 
outage. 


Reliability is improved in a system by efforts aimed at reducing all three aspects, frequency, 
duration, and extent. 


frequency is reduced by reducing the frequency of equipment outages through use of good 
equipment, good maintenance and inspection, and sound vegetation management. 


duration is reduced through system plans that provide alternate feeds and sources and fast 
restoration, including good field operations for manual switching and, increasingly, 
automation for near instantaneous switching. 


extent of the interruptions caused by any outage is minimized by good combination of 
configuration and protection-sectionalizer planning. 


Reliability indices are attempts to produce single-valued measures of reliability for a power system or 
a portion of it. There are many, all are computed based on different formulae using frequency, 
duration, and extent of power interruptions. Extent is usually normalized by computing an index on a 
per customer of customer base basis. The basic problem in trying to measure reliability is in how to 
relate the two quantities frequency and duration. 


The two most widely used reliability indices are SAIFI (System Average Interruption Frequency 
Index), which is the average number of interruptions customers in a uility see in a year, and SAIDI, 
which is the average total duration of outages seen by those customers in a year. Reliability indices are 
applied in historical analysis to evaluate operating experience and reveal trends or patterns, expose 
problems, and indicate how and where reliability can be improved. They are used in predictive 
analysis to evaluate how well proposed solutions are likely to solve the identified problems 


Differences in how reliability indices are computed, or how frequency, duration, and extent are 
defined and measured, often make companson of reported reliability results among utilities 
meaningless. “SAIDI’ as measured at one utility might be far different — perhaps as much as 35% — 
than as defined and measured at another. 


Benchmarking is a process of comparing a group or company’s (reliability) performance to its peers 
for purposes of identifying needed areas of improvement or discovering ways to improve 
performance. Many electric and gas utilities “benchmark” themselves against other utilities in the 
industry by comparing not only reliability results, but processes and procedures. 


Reliability targets — quantitative goals based on indices like SAIDI and SAIFI are used by most 
utilities as part of programs that manage their activities and performance to achieve satisfactory 
customer service. 


Reliability targets are set (determined) by any of several methods, from arbitrary decree by 
management to comprehensive risk-based balancing of the cost of improving reliability versus the 
cost of the consequences of customer service interruptions. 


Utilities that monitor and manage reliability well often report operating results which are worse 
than those that do not. The better processes they use do produce improved performance. However, 
they also identify and track problems so much more comprehensively that a host of outages and 
interruptions not fully counted in the past are now counted and recorded. 
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Economics and Evaluation of Cost 


5.1 INTRODUCTION 


A major attribute of planning in almost all endeavors is reduction of cost. Criteria on 
service quality and standards must be met and guidelines must be followed, but within those 
limits the planner’s goal is to minimize the cost. Every alternative plan contains or implies 
certain costs: equipment, installation labor, operating, maintenance, losses, and many others 
as well. Alternatives vary not only in the total cost, but often, equally important, when the 
costs are incurred — how much must be spent now, and how much later? 

Traditionally, electric utilities have been given a monopoly franchise for electric service 
in a region, which carried with it both an obligation to serve and a requirement to work 
within a regulated price structure. Regulated prices are based on cost and regulated utility 
planning on cost minimization — the utility can expect to make a reasonable return on its 
investment and recover all its costs, but it must work to reduce its costs as much as possible. 

Thus, in traditional utility planning, expansion needs were defined by the obligation to 
serve, and planning goals were defined by a cost-based pricing environment. Utility 
planning focused on finding the lowest cost alternative to serve all the customers. In 
addition, as the sole provider of electric service the utility assumed a “resource portfolio 
management” function for its customers, meaning that it had an obligation to determine and 
implement the least-cost use of energy efficiency and other resources, which led to 
integrated resource planning. 

In a de-regulated power industry, this situation will change very little for the distribution 
planner. The local distribution company (LDC) will still be regulated, and prices for 
delivery (if not power) will still be cost-based. Instead of an obligation to serve, the LDC 
will have an obligation to connect, or more specifically an obligation to provide sufficient 
capacity. Under retail wheeling, some other company’s power may be flowing through the 
distribution system to the customers, but the distribution company is still required to 
provide sufficient capacity and to do so at the lowest possible cost. 

This chapter looks at costs, costing analysis, and cost minimization concepts for 
planning purposes. Entire books have been written on the subject of engineering economics 
(i.e., cost analysis and comparison), and the purpose of this chapter is not to duplicate or 
summarize them. Instead, its focus is on what costs represent and how they are to be used in 
planning. The chapter begins with a look at cost and the various types of cost elements that 
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are included in an analysis, in section 5.2. Section 5.3 examines the time value of money 
and the application of present worth analysis methods to planning. Section 5.4 looks at the 
time value of money and future versus present costs. Section 5.4 concludes with a look at 
an important aspect of planning, particularly in a competitive marketplace: price-related 
variation of costs with respect to location, timing, and level of the system 


5.2 COSTS 


“Cost” is the total sacrifice that must be expended or traded in order to gain some desired 
product or end result. It can include money, labor, materials, resources, real estate, effort, 
lost opportunity, and anything else that is given up to gain the desired end. Usually, such a 
combination of many different resources and commodities is measured on a common basis 
— such as money — by converting materials, equipment, land, labor, taxes and permits, 
maintenance, insurance, pollution abatement, and lost opportunity costs to dollars, pounds, 
marks, yen, or whatever currency 1s most appropriate. In cases where all the elements of 
cost can be put onto a common basis, the subsequent planning can be done in a single- 
attribute manner, the goal being to minimize the monetary cost and the cost reduction 
basically trading the cost of one item against another to find the best overall mix. However, 
in rare cases, some costs cannot be converted to money — for example rarely can esthetic 
impact or other “intangibles” be converted to monetary cost. In such cases, cost reduction 
must be done as multi-attribute planning and cost minimization, involving more 
complicated planning methods which are, frankly, often not entirely satisfactory. 


Initial and Continuing Costs 


A distribution substation, feeder, or any other item has both an initial cost to create it and 
put it in place, and a continuing cost to keep it in operation, as illustrated in Figure 5.1. The 
initial cost includes everything needed to put the substation in place for its initial operation, 
and may include a very comprehensive list including engineering, permits, surveying, land, 
legal fees, site preparation, equipment, construction, testing, inspection, certification, 
incidental supplies and labor, and insurance. Continuing costs entail keeping it in operation 
— inspection and maintenance, routine supplies and replacement parts, taxes, insurance, 
electrical losses, fuel, and perhaps other expenditures. 


Initial cost 


Continuing costs 


Cost - Millions of Dollars 


12 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20 
Year 


Figure 5.1 A new substation’s costs are broken into two categories, the initial cost — a one-time cost 
of creating the substation — and continuing annual costs — those required to keep it in operation. 
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The initial cost is incurred only once, often over a period of several months or years 
during which the item (e.g., substation or transmission line) is built, but it is usually 
considered as a single budget expense item allocated to a specific year in the utility plan. 
The continuing costs persist as long as the substation exists or is in operation. Usually, 
continuing costs are recorded and studied on a periodic basis — daily, monthly, or annually — 
with yearly analysis generally being sufficient for most planning applications. 


Fixed Versus Variable Costs 


The cost of a substation, feeder, or other element of a power system can also be viewed as 
composed of fixed and variable costs. Fixed costs are those that do not vary as a function of 
any variable element of the plan or engineering analysis. For example, the annual cost of 
taxes, insurance, inspection, scheduled maintenance, testing, re-certification, and so forth 
required to keep a 100 MVA substation in service do not vary depending on its loading ~ 
whether it serves a peak load of 5, 32, 47, 60, or 92 MVA these costs would be the same. 
Similarly, the no-load (core) losses of its transformers create a cost that does not vary as a 
function of load, either. By contrast, the transformer’s load-related (copper) losses do vary 
with peak load — the higher the substation’s loading the higher the losses costs. These are a 
variable cost, varying as a function of the amount of load served. Some types of 
maintenance and service costs may be variable, too — highly loaded transformers need to be 
inspected and stress damage repaired more often than similar but lightly loaded ones. 
Figure 5.2 illustrates fixed and variable costs. 

In many engineering economic evaluations, fixed costs include all costs except variable 
costs of operation such as fuel and losses. However, there are a sufficient number of 
exceptions to this rule so that planners should both consider what they will designate as 
“fixed” and “variable” in a study, and also check any data or study upon which they build to 
make certain the meaning of those terms in that work is consistent with their own. 


Fixed costs 


Variable costs 


Cost - Millions of Dollars 


12 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20 
Year 


Figure 5.2 The new substation’s costs can also be viewed as composed of both fixed costs — those 
that are constant regardless of loading and conditions of its use — and variable costs, which change 
depending on load, conditions, or other factors in its application as part of the power system. In this 
example, the variable costs increase nearly every year — reflecting higher losses costs as the load 
served gradually increases due to load growth. 
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Variabie 
Costs 


Cost - Millions of Dollars 


None 25 50 75 100 
Capacity To Be Installed - MVA 


Figure 5.3 Definition of “fixed” and “variable” costs depends on the context. Although often the 
capital cost of a substation is labeled a “fixed” feature in engineering cost studies, here it consists of 
both fixed and variable costs: planners have four capacity options to consider for a substation — 25, 50, 
75, and 100 MVA - representing installation of from one to four transformers. In this planning context 
the cost of the substation can be viewed as composed of a “fixed” component consisting of those 
items common to all four options and a “variable cost” that depends on the installation of capacity 
from 25 to 100 MVA, as shown. 


As an example of how “fixed” and “variable” costs can change depending on the 
planning context, consider a 100 MVA substation — one composed of four 25 MVA 
transformers and associated equipment. After it is built and in place, its initial construction 
cost is always considered “fixed” in any study about how it might be utilized, expanded, or 
otherwise changed with regard to the plan. Variable costs include only those that change 
depending on its load or utilization: if more load is transferred to it so that it serves a higher 
load, its losses go up; if low-side voltage is regulated more tightly, its LTC maintenance 
costs will probably increase, etc. 

But in the initial planning stage, perhaps the planners considered the alternatives of 
building it with one, two, three, or four transformers in place. In that situation, its “fixed” 
cost within the planners’ minds might have included only those costs common to all four 
alternatives — land, site prep, and so forth. In addition, the planners would consider a 
variable capacity cost, which changes as a function of adding one, two, three, or four 


transformers (Figure 5.3). This is in fact how some substation planning optimization 
programs accept cost data as input, as will be discussed in 
Sunk Cost 


Once a cost has been incurred, even if not entirely paid, it is a sunk cost. For example, once 
the substation has been built (all 100 MVA and four transformers of it) it is a sunk cost, 
even if ten years later the utility still has the substation on its books as a cost, paying for it 
through depreciation or financing of its initial cost. 


Embedded, Marginal, and Incremental Cost 


Embedded cost is that portion of the cost that exists in the current planned system or 
configuration or level of use. Depending on the application, this can include all or portions 
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Hourly Losses Cost - $ 


0 10 20 30 40 50 60 
Load -MVA 


Figure 5.4 Hourly cost of losses for power shipped through a substation transformer as a function of 
the load. Currently loaded to 45 MVA, it has an embedded losses cost of $1.73/MVA and a marginal 
cost of losses at that same point of $3.70/MVA. The incremental cost of losses for an increase in load 
to 55 MVA averages $5.90/MVA. 


of the initial fixed cost and ail or parts of the variable costs. Often, the “embedded” cost is 
treated as a fixed cost in subsequent analysis about how cost varies from the current 
operating point. Marginal cost is the slope (cost per unit) of the cost function at the current 
operating point (Figure 5.4). This point is usually (but not always) the point at which 
current embedded cost is defined. 

Incremental cost is the cost per unit of a specific jump or increment — for example the 
incremental cost of serving an additional 17 MVA from a certain substation or the 
incremental cost of losses when load on a feeder decreases from 5.3 to 5.0 MVA. Marginal 
cost and incremental costs both express the rate of change of cost with respect to the base 
variable, but they can differ substantially because of the discontinuities and non-linearities 
in the cost relationships. Therefore, it is important to distinguish correctly and use the two. 
In the example shown in Figure 5.4, the marginal cost has a slope (cost per unit change) and 
an operating point (e.g., 45 MW in Figure 5.4). Incremental cost has a slope and both 
“from” and “to’”’ operating points (e.g., 45 MVA to 55 MVA in Figure 5.4) or an operating 
point and an increment (e.g., 45 MW plus 10 MVA increase). 


Revenue Requirements 


In order to operate as a business, an electric utility must take in sufficient revenue to cover 
its continuing operating costs, pay for its equipment and system, cover its debt payments 
(loans and bonds), and provide earnings for its owners (shareholders), as shown in 

These revenues are the charges its customers must pay. Minimizing the total amount of 
revenue the utility needs is one way to keep customer charges at a minimum, a method used 
by a majority of utilities. 

Minimum Revenue Requirement (MRR) planning is aimed at keeping customer bills as 
low as possible — it seeks to minimize the amount of money the utility must collectively 
charge its customers in order to cover its costs. While cost reduction nominally contributes 
to revenue requirements reduction, often particular planning decisions not only incur or 
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avoid costs, but also shift them from one column of the balance sheet to another. It is here 
where attention to revenue requirements can often reduce revenue even if not costs. 

While similar in some cases, particularly capital expansion planning, revenue 
minimization, and cost minimization will lead to slightly different decisions with regard to 
selection of alternatives and timing of expenses. Capital expansion decisions — such as 
when and how to build a new substation — require capital which is often financed, while 
most continuing operating costs are not. For example, returning to the question posed 
earlier in this chapter about whether to build a new feeder with larger conductor than the 
minimum necessary in order to reduce losses, the capital cost of building with the larger 
conductor may often be a financed cost to the utility - an expense which it carries on its 
books and which it pays as interest. 

Thus, the present worth of a “present expense” (e.g., adding the larger conductor today) 
has a future element to it (finance costs over some number of future years). In order to reach 
the correct decision about whether the feeder should be built in this manner, the utility’s 
planning evaluation must include in its assessment the correct evaluation of such costs. This 
can be done by adjusting the present worth factors used to compare “present” to “future” 
costs so that they are compatible with the utility’s structure, as illustrated in Figure 5.5. If a 
utility has very high interest payments for its capital, it means it wants to raise the present 
worth factor for its capital investments, because the benefits (losses savings) of an 
investment made today (a larger feeder) must “pay for’ the capital financing of the 
investment. 


Depreciation 


Variable 
operating 
costs 


Figure 5.5 Generally, the pricing of electric power (certainly electric power delivery) is based on 
cost, since it is a regulated business. The total revenue required by a utility includes what is needed to 
cover all costs of operations, power purchased or generated, capital, debt, etc. Minimum Revenue 


Requirements planning seeks to make all decisions with regard to spending based on minimizing the 
total requirement for revenue (rightmost arrow). 


Fixed costs 


Revenue is required 
to cover these expenses 
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5.3 TIME VALUE OF MONEY 


Any utility planner must deal with two types of time versus money decisions. The first 
involves deciding whether a present expense is justified because it cancels the need for a 
future expense of a different amount. For example, suppose it has been determined that a 
new substation must be built in an area of the service territory which is the site of much new 
customer growth. Present needs can be met by completing this new substation with only 
one transformer, at a total initial cost of $1,000,000. Alternatively, it could be built with two 
transformers — twice as much capacity — at a cost of $1,800,000. Although not needed 
immediately, this second transformer will be required within four years because of 
continuing growth. If added at that time, it will cost $1,284,000 — a reflection of the 
additional start-up cost for a new project and of working at an already-energized and in- 
service substation rather than at a “cold” site. Which plan is best? Should planners 
recommend that the utility spend $800,000 now to save $1,284,000 four years from now? 

A second and related cost decision involves determining if a present expense is justified 
because it will reduce future operating expenses by some amount. Suppose a new feeder is 
to be built along with the new substation. If built with 336 MCM conductor at a cost of 
$437,000, the new feeder will be able to satisfy all loading, voltage drop, contingency, and 
other criteria. However, if built with 600 MCM conductor, at a total cost of $597,000, it 
will lower annuai losses costs every year in the future by an estimated $27,000. Are the 
planners justified in recommending that $160,000 be spent on the larger, based on the long- 
term continuing savings? 

These decisions, and many others in distribution planning, involve comparing present 
costs to future costs, or comparing plans in which a major difference is when money is 
scheduled to be spent. To make the correct decision, the planner must compare these 
different costs in time on a sound, balanced basis, consistent with the electric utility’s goals 
and financial structure. 


Common Sense: Future Money Is Not 
Worth as Much as Present Money 


Few people would happily trade $100 today for a reliable promise of only $100 returned to 
them a year from now. The fact is that $100 a year from now is not worth as much to them 
as $100 today. This “deal” would require them to give up the use of their money for a year. 
Even if they do not believe they will need to spend their $100 in the next year, conditions 
might change. 

A utility has similar values, which means that when money has to be spent it can have a 
value of its own — in general the later, the better. For example, suppose the planning process 
has determined that a new feeder must be built at a certain site within the next five years in 
order to serve future load. It will cost $100,000 to build, regardless of whether built this 
year, next year, or five years from now. If there are no other reasons to build it any earlier, 
the best decision is to wait as long as practically possible — in this case for five years. One 
hundred thousand dollars spent five years from now is future money, not present money, 
and while it is the same number of dollars it is not worth as much to the company at the 


moment: 
The value of money available only in the future is less than 
the value of that same amount of money available today. 
Of course, there could be sound reasons why it will benefit the utility to build the feeder 


earlier. Perhaps if added to the system now it will help lower losses, reducing operating cost 
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over the next five years by a significant amount. Perhaps it will improve reliability and 
service quality, reducing the risk of customer outages and penalty repayments under 
performance-based contracts. Thus, the sooner it can be built, the more the utility will save. 

Or perhaps if built a year from now, during a predicted slump in the local construction 
industry, the utility believes it can negotiate particularly advantageous rates from the 
contractor it will hire to do the construction. Or perhaps some of the cable and equipment to 
be used is expected to rise in price over the next few years, so that if the utility delays even 
a year, the feeder will eventually cost a bit more than $100,000. 

There are often many possible reason why it might be prudent to build earlier than 
absolutely necessary. A planner’s job is to balance factors like these to determine how they 
contribute to the decision of when to build an item or actually commit to an expense and to 
identify what alternative with regard to timing has the lowest overall cost (or, alternately, 
the highest benefit) to the company. 


Present Worth Analysis 


Present worth analysis is a method of measuring and comparing costs and savings that 
occur at different times on a consistent and equitable basis for decision-making. It is based 
on the present worth factor, P, which represents the value of money a year from now in 
today’s terms. The value of money at any time in the future can be converted to its 
equivalent present worth as 


Value today of X dollars t years ahead = X x Pl (5.1) 
where P is the present worth factor 


For example, suppose that P = .90, then $100 a year from now is considered equal in value 
to today’s money of 


100 x (.90) = $90 


and $100 five years from now is worth only 


$100 x (.90)° = $59.05 


Present worth dollars are often indicated with the letters PW. Today’s $100 has a value 
of $100 PW, $100 a year from now is $90 PW, $100 five years from now is $59.05 PW, 
and so forth. 

Alternately, the present worth factor can be used to determine how much future money 
equals any amount of current funds, for example, to equal $100 present worth, one year 
from now the utility will need 


$100/.90 = $111.11 


and two years from now, one would need $100/(.90)” = $123.46 to equal a present worth of 
$100 today. 

A continuing annual future cost (or savings) can be converted to a present worth by 
adding together the PW values for all future years. For example, the present worth of the 
$27,000 in annual losses savings discussed earlier in this chapter can be found by adding 
together the present worths of $27,000 next year, $27,000 the year after, and so forth 


PW of $27,000/year = >, ($27,000 x Py (5.2) 
t=1 
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= $27,000 x (>; Py 
t=1 


30 
= $27,000 x (>. Py 
t=1 


= $258,554 


Discount rate 


Present worth analysis discounts the value of future costs and savings versus today’s costs 
and savings, as shown in Figure 5.6. The discount rate used in an analysis, d, is the 
perceived rate of reduction in value from year to year. The present worth factor is related to 
this discount rate: 


P(t) = 114d)! (5.3) 


where d = discount rate 
and t = future year 


If d is 11.11%, it means that a year ahead dollar is discounted 11.11% with respect to 
today’s dollar, equivalent to a present worth factor of P = (1/1.111) = .90. Therefore, 
$111.11 a year from now is worth $111.11/1.1111 = $100. A decision-making process 
based on the values of d = 11.11% and PWF = .90 would conclude that spending $90 to 
save $100 a year from now was a break-even proposition (i.e., there is no compelling 
reason to do it), while if the same $100 savings can be had for only $88, it has a positive 
value. A higher discount rate — a lower present worth factor — renders the decision-making 
process less willing to trade today’s costs for future costs. If the discount rate is doubled, to 
22.2%, P drops to .82. Now, $88 spent today to obtain a $100 cost reduction a year from 
now is no longer viewed as a good investment: that $88 must save at least $88/1.222 = $108 
a year from now to be viewed as just break even. 


Value -$ 


12 3 4 &§ 6 7 & 9 10 4% 12 18 14 15 16 17 18 19 20 
Year 


Figure 5.6 Present worth analysis discounts the value, or worth, of a dollar the further it lies in the 
future. Shown here is the value of one dollar as a function of future year, evaluated at a .90 present 
worth factor (11.1% discount rate). 
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Present worth analysis does not say “no” 
to truly essential elements of a plan 


Power system planners, with a commitment to see that service is always maintained, often 
fall into a trap of wanting to build everything as early as practicable so as to have plenty of 
capacity margin. As a result, they come to view present worth analysis, and any other 
aspect of planning that may say “delay,” as negative. 

But this is not the case. If applied correctly, present worth analysis never says “no” to 
essential expenses — for additions or changes which must be done now. For example, 
suppose a hurricane has knocked down ten miles of critically needed line. Then there is no 
question about the timing of this expense. It must be done as soon as other conditions 
permit, and present worth analysis is not even appropriate to apply to this decision. 

Present worth analysis is used to evaluate and rank alternatives only when there is a 
difference in the timing of expenses —~ the substation could be built this year or next year — 
or when costs and savings that occur at different times must be balanced — more spent today 
will lower tomorrow’s costs. It is an essential element of keeping cost as low as possible 
and it should be applied in all situations where alternatives differ with respect to when 
expenses will be incurred. The present worth factor is the tool which makes these 
comparisons valid within the utility’s value system. 


How Are Present Worth Factors 
and Discount Rates Determined? 


There is no one rule or set of guidelines that rigorously defines what contributes to the 
present worth factor (or its companion, the discount rate) as used by all utilities. There is a 
rigorous financial basis for discount rate, briefly discussed below. But as used by utilities, 
these numbers often include other factors, and there is no inviolate formula like Ohm’s law 
that lays out completely and with no exceptions how to compute the discount rate and the 
PWF. 

Quite simply, the best advice for planners is to treat PWF simply as a number to be used 
in planning. This does not mean they should blindly accept it without an understanding of 
its basis. Instead, the point is that one should not assume it has only the purely financial 
basis one sees explained in business finance tests. Discount rate is often determined through 
careful analysis and computation, but sometimes it is an empirical estimate “that just works 
well,” a number the utility’s upper management has come to regard as prudent. Thus, the 
recommended perspective is that PWF is a decision-making tool that allows planners to 
compare future expenses to present ones. 


For planning purposes, the present worth factor 
should be regarded simply as a value that sums 


up all the reasons why a company would prefer 
to spend money tomorrow rather than today. 


There can be many reasons why a utility may wish to limit spending today in favor of 
spending tomorrow, or in rare instances wish to spend now instead of in the future. These 
reasons all influence the selection of a value for the present worth factor. Priorities vary 
greatly from one company to another and also change over time. Among them is one reason 
planners often find difficult to accept: “We just don’t have the money, period.” In most 
utilities, present worth factors and discount rates are determined by a utility’s financial 
planners and based on the company’s requirements for financing and use of money. The 
methods applied to fix these requirements quantitatively and their relation to PWF are 
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beyond the scope of this discussion and available in other texts (EEE Tutorial on 
Engineering Economics). However, it is worth looking at some of the primary influences on 
present worth factor and how and why they impact it. 


interest rate 


The fact that it takes more future dollars to equal a dollar today is often attributed to interest 
rate: a person who has $100 today can invest it at the prevailing interest rate, i, so that a 
year from now it will be (1+i) times as much. Thus, $100 invested today at an annual rate of 
5% interest, will be worth $105 a year from now and $128 five years from now. If the 
prevailing interest rate is 5%, then it is cost-effective to spend $100 only if it will save or 
return a value a year from now that exceeds $105. Otherwise it would be better to simply 
leave the money invested and drawing interest. A PWF of .952 can be applied in present 
worth analysis as described earlier and will lead to decisions that reflect this concern. 


interest rate, financial risk, and expected gain 


Exactly what interest rate does one use to compute the discount rate? At any one moment, 
there are many interest rates being quoted in the financial community: the prime rate, rates 
quoted for mortgages, rates offered on new cars to buyers with good credit ratings, rates 
offered to new car buyers with poor credit ratings, credit card rates, new furniture financing 
rates, etc. In general, interest rates reflect the level of risk that creditors see in a person, 
institution, or business model. A low element of risk means a relatively low interest rate, 
and vice versa. Ideally (theoretically) creditors adjust their interest rates to take into account 
the risk inherent in each loan or investment, with a goal of assuring that their expected 
return is positive and about the same from all loans.' 

Financial analysts regard discount rate and PWF as reflections of the cost of capital. 
Suppose that a particular creditor, a bank, can loan $100 today and it will be repaid $110 
next year, but that the risk, due to all causes, means that it expects only an average 96% net 
repayment on loans of this type (defaults and other problems absorbing the other 4%). The 
expected gain is only $110 x .96 - $100 = $5.60. In this situation, it would be foolish for 
this creditor to spend $100 now to avoid an expense of $104 next year. Better to invest the 
money, earn an expected $5.60, and pocket $1.60 of profit after paying the $104 cost next 
year. Since a creditor applies this same logic over many loans and investments, his portfolio 
pretty much earns the expected gain (5.6% in this case). 

Basically, the discount rate a borrower uses in planning is related to the cost of capital 
he “sees” in any situation. The company that took the 10% loan in the paragraph above 
would look at the situation like this. In order to spend $100 today to save $104 next year, it 
will have to borrow another $100, repaying $110 a year from now, meaning it loses $6. 
Better to defer the expense for a year. Similarly, the new car buyer with a poor credit rating 
should use a discount rate in his decision-making (with respect to his new car) that reflects 
the high interest rates he will be charged. And a utility with a solid bond rating (and thus 
able to borrow money at a much lower rate than many other businesses) should use that 


' From the creditors’ standpoint, if they can earn more expected retum by making one type of loan or 
investment rather than another, they will — it is the best use of their money. Therefore, creditors 
quote rates for various types of loans and invest money in various ventures and companies with the 
same overall expectation of growth (profit) from each. For most small (personal, small business) 
loans, banks and lending institutions use tables and statistics to group borrowers into risk categories. 
For large loans and investments, they make detailed assessments of both risk and the probability of 
various scenarios of not being fully repaid. All of this is ultimately reflected in the rates that a person 
or business sees offered to it for credit. 
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lower interest rate. The discount rate used in any situation would reflect the cost of capital 
for the situation. 


Interest rate, risk, and cost of capital alone do not explain PWF 


While theoretically the discount rates and present worth factors used by any business should 
be based on its cost of capital, in practice the present worth factor used by many utilities 
clearly represents something more than just its cost of capital, because present worth factor 
as applied by most electric utilities is nearly always greater than what corresponds to the 
prevailing capital costs alone. For example, at the time of this writing, the inflation-adjusted 
interest rate on safe, long-term investments is about 3.0%, yet most utilities are using a 
present worth factor of about .93, equivalent to a 7.5% interest rate. The difference, 7.5% 
versus 3.0% in this case, is attributable to other factors, including conservatism and risk 
avoidance. Although it may prove difficult or impossible for a distribution planner to 
determine and quantify all of these reasons, it is worth understanding the other factors that 
often go into the determination of a high PWF. 


inflation 


Inflation is not one of the factors normally taken into account by the present worth factor, 
although this is often misunderstood and neophytes assume it is a part of the analysis. 
Inflation means that what costs a dollar today will cost more tomorrow — 3% annual 
inflation would mean that same item or service will be priced at $1.03 a year from now. 
While inflation needs to be considered by a utility’s financial planners, distribution planners 
can usually plan with constant dollars — by assuming that there is no inflation. 

The reason is that inflation raises the cost of everything involved in distribution 
planning cost analysis. If inflation is 3%, then on average a year from now equipment will 
cost 3% more, labor will cost more 3% more, as will paperwork and filing fees and legal 
fees and taxes and replacement parts and transportation and everything else. More than that, 
over time inflation will call for similar adjustments in the utility’s rates and in the value of 
its stock, its dividends, and everything associated with its expenses and financing (including 
hopefully the planners’ salaries). It affects nearly every cost equally, at least to the extent 
that costs can be predicted in advance.” From the standpoint of planning, inflation makes no 
impact on the relative costs of various components, so it can be ignored, making the 
planning process just a little bit easier. 

Some utilities do include inflation in their planning and their present worth analysis. In 
such cases, an increment to account for inflation is added to the discount rate. Given a 5% 
interest rate and a 3% inflation rate discussed above, this would mean that the planners’ 
present worth factor might be 


rs 1/11+5%+3%) = .926 


* In actuality, planners and executives know that inflation will not impact every cost equally, but 
small variations in individual economic sectors have proven impossible to predict. In cases where 
there is a clear indication that certain costs will rise faster or slower than the general inflation rate, 
that difference should be taken into account. This was mentioned at the start of this section when a 
possible rise in cost of materials for the candidate feeder that could be built early was discussed as 
one reason that might lead the utility to decide to build it early. 
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Present worth analysis would now compare today’s investment measured in today’s dollars 
against tomorrow’s investment measured in tomorrow’s inflated dollars. This type of 
accounting of future costs must sometimes be done for budgeting and finance estimation 


purposes. 


While inflation must be included in the analysis, 
planning is best done with “constant dollars” 


However, while “inflated dollars” present worth analysis sometimes has to be done to 
estimate budgets, it is rarely an effective planning tool. Planning and decision-making are 
facilitated when expenses and benefits are computed on a common basis — by measuring 
costs from all years in constant dollars. Is plan A, which calls for $1.35 million in expenses 
today, worth more than plan B, which costs $1.43 million three years from now? If both are 
their respective present worth measured in constant dollars, then it is clear that plan A is the 
less costly of the two. But if inflation were a factor in the present worth analysis, then one 
has to do a further adjustment of those numbers to determine which is best (at 3% inflation, 
$1.35 million in three years will equal $1.48 million in then inflated currency, so plan B at 
$1.43 million three-year-ahead inflated dollars is the better plan). Beyond this, errors or 
unreasonable cost estimates for future projects are much more difficult to catch when 
expressed in non-constant dollars. For these reasons, present worth analysis in constant 
dollars is strongly recommended for all planning, even if non-constant analysis may need to 
be done for some other purposes. 


Earnings targets 


The present worth factor for a dollar under the utility’s control should be higher than 1/(1 + 
interest rate), because the utility must be able to do better with its earnings than the 
prevailing interest rate. If a utility cannot better the prevailing interest rate with its own 
investment, then it should liquidate its assets and invest the results in earning that interest 
rate. Frankly, it won’t get the chance to do so: its shareholders will sell their stock, take 
their money elsewhere, and invest it in companies that can beat the prevailing interest rate 
through their investment of their stockholders’ money.’ 

Therefore, the goal of any investor-owned utility must be to use its money to earn more 
than it could by other, equivalently safe means. As a result, while the prevailing interest rate 
may be 5%, the utility’s financial planners may have determined that a 12% earnings 
potential on all new expenditures is desirable. Rather than a PWF of .952 (5% interest) the 
utility would use a PWF of .892 (12%) to interject into the decision-making process its 
unwillingness to part with a dollar today unless it returns at least $1.12 a year from now.’ 
This is one tenet of MRR planning, that all investments must return a suitable “revenue” 
earning. 


3 For example, when estimating a future budget, the costs often do have to be put in dollars for the 
years being estimated, and those are inflated dollars. 


* Planners from municipal utilities may believe that this does not apply to their company, but that 
is not necessarily true. If a municipal electric department cannot “earn” more from its electric 
system investment than other businesses could, it is costing the city and its voters money, designing 
a system and a “business” that needs to be subsidized. If such subsidized operation is the policy of 
the city government, the planners should make the most of it and try to get as sound a return as 
possible on what money is spent. 


> This concept strikes many planners as bizarre, yet it is completely valid and is in fact only common 
sense from a business perspective. If a company expects to earn 9% retum on its money, then as a rule 
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“Internal” monetary risk 


One hundred dollars invested with the promise of $108 payback in a year can look like a 
good investment (at least when prevailing interest rates are only 5%), but it is a good 
investment only if there is a very smal] likelihood that things will go so wrong that the 
principal will be lost. Such cases are rare, particularly if investments are made prudently. 
But there are other types of risks, similar in basic nature, that a utility faces every day. For 
example, suppose that the utility spends $100 on system expansion in order to save $108 a 
year from now. However, shortly after this spending is complete, a severe storm hits the 
utility system, causing widespread damage. The utility may now desperately wish that it 
had that $100 to pay for repairs and rebuilding of its system, work that it simply has to have 
done. It has no choice in the circumstances but to borrow the money needed at short-term 
interest rates, which might be 12%. In retrospect, its expenditure of $100 to save $108 a 
year later would look like a poor choice. 

In practice, the present worth factor used by a utility, at least the implicit PWF that is 
really applied in its decisions, often includes a bias or margin to account for this type of 
“bird in the hand” value of money not spent. By raising the PWF from 8% to 10% or even 
12%, the utility would be stating that, yes, perhaps $108 is the year-ahead earnings goal, but 
simply breaking even with that goal is not enough to justify committing the company’s 
resources: today’s money will be committed only when there are very sound reasons to 
expect a better than minimum return. 


Planning errors 


in addition, the present worth factor often implicitly reflects a sobering reality of planning — 
mistakes cannot be avoided entirely. The author has devoted considerable effort to the study 
of the distribution planning process itself, particularly with regard to how accurate it is and 
how and why planning mistakes or non-optimal plans come about (Willis and Northcote- 
Green). Under the very best realistic circumstances, even the finest planning methods 
average about 1% “planning error” for every year the plan is extended into the future. 
Distribution expansion projects that must be committed a full five years ahead will turn out 
to spend about 5% more than could be arranged in retrospect, if the utility could somehow 
go back and do things over again, knowing with hindsight exactly what is the minimum 
expenditure it needs to just get by. 

Adding 1% ~ or whatever is appropriate based on analysis of the uncertainty and the 
planning method being used — to the PWF biases all planning decisions so that they reflect 
this imperfection of planning. This makes the resulting decision-making process a little 
more reluctant to spend money today on what appears to be a good investment for 
tomorrow, unless the predicted savings includes enough margin over the element of risk to 
account for the fact that the planning method is simply wrong. 


Spending limitations 


Raising the discount rate (lowering the PWF) that is used in decision-making tends to 
reduce the amount of money spent today with respect to any view of expenses in the future. 
Utilities that are hard-pressed for cash often raise the discount rate used in their decision- 
making for this reason alone, far out of proportion to their actual cost of capital as an 
expedient way to limit capital spending. This is discussed further in section 6.4. 


it should never invest in anything that is projected to earn or repay less than that rate. Since some of 
the unavoidable elements of its expenses may not have the potential to earn this rate, the expected 
return on the rest may have to be even higher. 
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A Planner’s Perspective: Present Worth Factor Is 
a Decision-Making Tool, Not a Financial Factor 


The real point with the foregoing discussion is that present worth analysis is a decision- 
making tool, one used to determine not only which alternative is best but when money 
should be spent. It can embrace some or all of the factors discussed above, as well as others. 
But from the planner’s perspective, there is no “naturally right’ number to use as the 
present worth factor, one that should be used regardless of his or her company executive’s 
opinions. Present worth factor is merely a value, a planning tool, that is set by priorities, 
goals, willingness to take risk, etc. In a very real sense, one can say that it is determined by - 
the results it will give: that is actually how many utilities settle on the PWF (or discount 
factor) that they will use — the “right” one is the one that gives the budget impact and 
“deferred spending” results they want. 


Present worth factor is a planning tool. It is used to 
evaluate and rank alternatives based on when they call 
for expenditures and leads to prioritization of options. 


A relatively low PW factor means that the planning process will be more likely to select 
projects and plans that spend today in order to reduce costs tomorrow. As the PWF is 
increased, the planning process becomes increasingly unwilling to spend any earlier than 
absolutely necessary unless the potential savings are very great. A very high PW factor will 
select plans that wait “until the last moment” regardless of future costs. 

Two utilities with sound management but different situations might select very different 
present worth factors for their planning, factors reflecting their circumstances, as 
summarized in Table 5.1. This table shows the inputs and resultant analysis of PWF values 
used as planning guidelines in the mid-1990s by a large investor-owned utility in the 
northwestern United States and a municipality in the southwestern United States. 


Example Present Worth Analysis 


Returning to the time value of money decisions that started this section, the first question 
was whether to build a new substation now with two transformers or to wait four years to 
add the second unit. The second unit can be added while the substation is being built (now) 
for only $800,000, even though it is not really needed for four years. But if the utility waits 
to add it four years from now, it will cost $1,284,000 at that time. The higher cost is higher 
then because of the cost of starting up a separate project for it and working at an energized 


Table 5.1 Discount Rate “Computation” for Two Utilities 


Factor IOoU Muni Comment 
Prevailing interest rate 5.7% 5.1% Municipal bond rate is lower than IOU’s. 
Inflation factor - Both do constant dollar planning. 


Earnings target 5.5% - Municipal has no need for “earnings.” 
Risk 1.5% 3.0% Political cost more serious than financial. 
Planning error 1.0% 1.5% This IOU has the better planning method. 
“We just don’t have funds” - _5.0% This municipality is nearly “broke.” 
Total discount 13.7% 146% 

Equivalent PWF 87.9% 87.3% 
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substation rather than a “cold” site as it is now. Evaluated with a 90% PWF (discount rate 
of 11%) the two scenarios become 


Present worth of spending $800,000 on the substation now = $800,000 
Present worth of spending $1,284,000 four years from now = $842,400 


The answer is yes, spending the money in year one is justified by the “savings” in present 
worth, of roughly 5%. 

Often, it is useful to determine if the decision is particularly sensitive to the value of the 
PWF in use. Would a slight change in the perceived value of future money have changed 
the recommendation? This can be determined by looking at what the present worth factor 
would have to be for the two alternatives to appear equal in PW: 


Present worth decision limit = (cost in year t)/cost in year tp) Mote (5.4) 


= (800,000/ 1,284,000)!" 


= .888, equivalent to a discount rate of 12.6% 


In this case, while a present worth decision limit of .888 seems quite close to the .90 
present worth factor used in the analysis, a comparison of the corresponding discount rates 
~ 11.1% versus 12.5% — shows that they are substantially different. The gulf between these 
values indicates that at least one of the factors discussed earlier in this section (risk, 
planning error, etc.) would have to change noticeably for the appropriate PWF to change 
enough to affect this decision. Thus, this recommendation seems sound: the substation 
should be built with both transformers in place. 

Looking at the second planning decision that headed this section, is a $160,000 expense 
justified on the basis of a continuing $27,000 annual savings? Using the same 90% PWF 
(discount rate of 11%) the two costs are: 


Present worth of spending the $160,000 this year = $160,000 
Present worth of savings of $27,000/yr. for 30 years = $258,600 


So again the answer is yes, the feeder’s greater initial cost is more than justified by the 
continuing savings in losses. It should be built with the larger conductor. 

Determining the present worth decision limit in this case is slightly more complicated, 
but can be accomplished iteratively in a few steps using a calculator or a spreadsheet. In this 
case it is .832, equivalent to a discount rate of 20.2%. Thus, this is a very strong 
recommendation. 


Comprehensive Present Worth Example 


In general, actual planning problems are more complicated with regard to the 
interrelationship of long-term and initial costs than either of the two examples above. 
6.4 and show more cost details on the two-versus-one substation transformer 
decision given at the beginning of this section and analyzed on the previous page. However, 
this analysis shows the type of cost and time details that actual planning situations must 
address. In the case shown here, the decision is being made now (in year zero), even though 
the substation will actually be built four years from now (the decision must be made now 
due to lead time considerations). 
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Table 5.2 Comparison of Yearly Expenses by Category for an Eight Year Period 


Alternative A Alternative B 
Build initially with two Build initially with one 
Year Load-MW Capital O&M&T Losses Capital O&M&T Losses 
0 ° 
l - 20 20 
2 - 370 290 
3 12.0 1010 52 54 690 Ad 39 
4 15.5 110 119 92 99 
5 18.5 110 130 92 122 
6 21.3 110 142 80 92 147 
d 23.8 — 10 155 562 10i* 164" 
1400 492 600 1642 317 666 
Total = 2492 Total = 2633 


*Taxes and losses for the transformer added in year eight (alternative B) are pro-rated for that year, 
since it is assumed here that it is installed just prior to summer peak (six months into the year). 
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Figure 5.7 Yearly expenses for the two alternative plans for the new substation (constant dollars). 


Here as before, alternative A calls for building the new substation with two 25 MVA 
transformers at a total cost of $1,400,000. The substation is actually now completed in year 
three, in time to be on line by year four. Alternative B defers the second transformer by four 
years (installation deferred from year 3 to year 7). As before, there is a four-year shift in 
some of the expenses, and the addition of the second transformer four years later is 
estimated to cost $642,000 versus $400,000, as before. 

However, this analysis provides much more detail on all of the expenses, and their 
timing. The decision involves other costs than just initial capital, which while of secondary 
importance, should be considered in any complete analysis. For example, no-load losses, 
taxes, and O&M will be greater during the first four years in Alternative A than in 
Alternative B. Table 5.2 and Figure 5.7 compare the expenditure streams for the eight-year 
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period for both alternatives, including capital; operations, maintenance, and taxes 
(O&M&T); and losses.° 

Note that the capital for substation construction in either alternative is not spent entirely 
in the year the substation 1s completed. A smal] amount is spent two years earlier (for 
permits, the site itself, and clearing and preparation of the site) and some equipment is 
purchased in the following year so that work can begin on schedule. 

Comparing differences in the two alternatives, note that the second transformer in 
Alternative A increases O&M&T costs during the first four years of operation because it 
has value (taxes must be paid on its additional value) and it must be maintained and 
serviced even if not heavily loaded. The difference in losses costs is more complicated. 
Initially, losses are higher if two transformers are installed because that means twice the no- 
load losses, and initially either one or two transformers would be lightly loaded so that there 
is no significant savings in load-related losses over having just one transformer. But by year 
six the two-transformer configuration’s lower impedance (the load is split between both 
transformers) produces a noticeable savings in reduced losses. 

and show the various costs for Alternatives A and B from 
and converted to PW dollars using a present worth factor of .90 (equivalent to p 
= 11.11%). Note that based on the present worth of capital costs, Alternative A is rated the 
lower present worth cost ($1,054,000 versus $1,067,000), in keeping with the preliminary 
evaluation done earlier. The margin of present worth savings shown in ($13,000) 
appears to be smaller than the $21,200 difference computed several paragraphs above, 
largely because in this evaluation all the costs and savings are pushed three years into the 
future (the substation is built in year three, not year zero), and thus both costs and savings 
have been lowered by another four years of present worth reduction (i.e., 9° =.73). 

However, more important is the fact that this more complete analysis shows that 
Alternative B has a lower present worth by $51,000 PW — a margin in the other direction, 
and one nearly four times larger than the difference in present worth based on capital alone. 
What changed the balance in favor of Alternative B was the continuing fixed operating 
costs — maintenance, taxes, and no-load losses — which are higher when two transformers 
are installed. 

The present worth difference between these alternatives, $51,000, is slightly more than 
3% of the total PW value of either alternative. Considering the straightforward nature of 
this analysis, and the amount of cost common to both alternatives, it is unlikely that the 
analysis of this difference is in error by anything like this amount. Therefore, this is very 
likely a dependable estimate: it is likely that Alternative B’s PW costs really will be lower 
over the long run. 

Looking at the sensitivity of this decision to present worth factor, the two alternatives 
would evaluate as equal at a present worth factor of .937, equal to a discount rate of 6.77%. 
Present worth factor would have to be higher (i.e., the discount rate lower) for the future 
savings to outweigh the increased initial costs. Valid PWF values less than .92 are 
extremely uncommon, and therefore the recommendation to build the substation with one 
transformer seems quite dependable, regardless of the exact financial considerations. 


© The table and figure cover the only period during which there are differences that must be analyzed in 
the decision-making. At the end of the eight-year period, the two alternatives are the same — either 
way the substation exists at that point with two 25 MVA transformers installed. Present worth 
thereafter is essentially the same. 
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Table 5.3 Comparison of Yearly Present Worth by Category for an Eight- Year Period 


Alternative A Alternative B 
Build initially with two Build initially with one 
Year PWF Load-MW~ Capital O&M&T Losses Capital O&M&T Losses 
0 1.0 - 
1 90 - 18 18 
2 81 - 300 235 
3 af) 12.0 736 38 39 503 32 28 
4 66 15.5 72 78 60 65 
5 59 18.5 65 77 54 72 
6 53 213 58 75 43 49 78 
7 48 23.8 53 74 269 48* 78* 
1054 286 343 1068 243 322 
Total = 1684 Total = 1633 


*Taxes and losses for the transformer added in year eight (alternative B) are pro-rated for that year, 
since it is assumed here that it is installed just prior to summer peak (six months into the year). 


Alternative A Alternative B 
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Present Worth x $1000 
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Figure 5.8 Present worth of expenses associated with the two alternative substation plans given in 


Table 5.3 and Figure 5.7 


Table 5.4 Use of Present Worth Decision Limit Analysis to Identify the Implicit Present 
Worth Factor Actually at Work in a Utility’s Approval Process 


Recommended Project PWDL Equiv. Disc. Rate Disposition 
Upgrade Eastwood substation 40% 150% Approved 
Build new Knoll Wood #6 feeder 48% 108% Approved 
Upgrade Echo-Wouton 69 kV line | 96% Approved 
Split bus & upgrade, Keen River subs. 58 72% Approved 
Breaker upgrades, River Bend station _ 59 69% Approved 
Add third 25 MVA transf. at Pine St. .60 66% Delayed 
Larger conductor, new Knoll Wood #5 feeder  .75 33% Rejected 
Reconductor Downtown #2 feeder .80 25% Rejected 
Wharton subs. enhancement plan 87 15% Rejected 
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Implied Present Worth Factor 


A frustrating reality for many distribution planners is that occasionally projects that justify 
themselves on the basis of present worth analysis are rejected by management nonetheless, 
purely for budgetary reasons. For example, perhaps using the utility’s PWF and approved 
method of analysis, a decision is made that a new substation should be built with two new 
transformers, while one would satisfy immediate needs, because the higher initial cost is 
more than made up for by the long-term present worth of the savings. Yet the 
recommendation may be rejected by management because “there simply isn’t enough 
money in the budget.” Implicitly, management’s approval process is using a lower present 
worth factor (e.g., higher discount rate) than the official or planning present worth factor. 

Often situations like this are a reality which cannot be avoided — budgetary restrictions 
beyond those accounted for in the present worth factor can be forced on the utility by 
unexpected or unavoidable conditions. In such cases, planners may wish to analyze the 
present worth factor decision limit of projects that are approved and rejected to determine 
what the implied present worth factor being used in the approval process actually is. 

For example, the projects listed in were decided upon as shown in 1993 by the 
municipal utility whose “discount rate computation” is given in column three of 
While officially the discount rate in effect was 14.6% (PWF of .873), management was 
implicitly using a PWF of less than .60, equivalent to a discount rate greater than 66%. 
Knowledge of the payback that is expected in any project can help planners in not wasting 
their or their management’s time with recommendations that have little chance of approval. 


Levelized Value 


Often, it is useful to compare projects or plans on the basis of their average annual cost, 
even if their actual costs change greatly from one year to the next. This involves finding a 
constant annual cost whose present worth equals the total present worth of the plan, as 
illustrated by Figure 5.9. Levelized cost analysis is a particularly useful way of comparing 
plans when actual costs within each vary greatly from year to year over a lengthy period of 


Alternative A - 32 Years 


—_ 
o 


Ny 
a 


yo Levelized cost, years 3 - 32 
amass CR 


Cost x $ million 
(constant dollars) 
R 8 


012 3 4 5 67 8 9 10 11 12 13 14 15 16 17 181920 21 22 23 24 25 26 27 28 29 30 31 32 


Ml Capital Ea O& M&T j] Losses 

Figure 5.9 Cost of alternative A from over a 32-year period that includes its first 30 years 
of service. Present worth of all costs sums to slightly more than $3,000,000. Levelized over years 
three through 30 — those in which the substation is planned to be in service — this represents an annual 
cost of nearly $350,000 per year, which can be viewed as the annual cost of providing the substation 
service. 
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time, or when the lifetimes of the options being considered are far different. It also has 
applications in regulated rate determination and financial analysis. In general, the present 
worth, Q, levelized over the next n years is 


Levelized value of Q over n years = Q (d x (1+d)" )((1+d)"- 1) (5.5) 


Thus, the steps to find the levelized cost of a project are: (1) find the present worth of the 
project, (2) apply equation 5.5 to the present worth. As an example, using Alternative A’s 
calculated total present worth of $1,684,000 from that value can be levelized 
over the seven-year period in the table as 


= $1,684,000 (.1111(1.1111)’(L.1111’ - 1) 
= $358,641 


By contrast, Alternative B has a levelized cost over the same period of $347,780. If the 
utility planned to “pay for” Alternative A or B over the course of that seven-year period, the 
payments it would have to make would differ by a little more than $10,800 per year. 


Lifetime levelized analysis 


Rather than analyze planing alternatives over a short-term construction period — for 
example the seven-year period during which the schedule of transformer installations may 
vary — planners or budget administrators often wish to look at a new addition to the system 
over the period in which it will be in service or be financed. 

For example, in the two-or-one transformer substation planning problem presented 
earlier, regardless of whether Alternative A or B was chosen, the substation would be 
planned on the basis of providing a minimum of 30 years of service, and it would be carried 
as a depreciating asset on the company’s books for 30 years or more (i.e., the company is 
basically financing it over that period). Therefore, planners might wish to both analyze cost 
over 30 years and compare alternative plans on that same basis. 

shows projected costs for Alternative A over a 32 year period, which includes 
the first through thirtieth years of service for the substation. The total present worth of the 
substation’s costs over the period is just over $3 million (construction plus 30 years of 
O&M&T plus losses), which represents a levelized cost of $348,500/year. By contrast, 
Alternative B (the less expensive of the two construction schedules, as determined earlier) 
has a levelized cost $342,200/year. It saves an average of $5,900/year or about $500/month 
in terms of a 30-year budget perspective. 


Comparing cost over different equipment lifetimes 


Very often the lifetimes or periods of cost being considered for two or more options are not 
equivalent, and yet it is desired to compare their costs on a valid basis. Levelized lifetime 
cost is a good way to do so. compares the annual costs of providing 1000 lumens 
of illumination (about the equivalent of a standard 75 watt incandescent light bulb) for 2500 
hours per year, using incandescent, halogen, or compact fluorescent lamps, which have 
expected lifetimes of three, five, and six years respectively. The initial costs, the annual 
operating costs, and the lifetimes of these three options all differ substantially. In each case, 
initial and continuing annual energy costs are evaluated in Table 5.5 on a present worth 
basis over the lifetime of the particular lamp; then the levelized cost over that period is 
determined. This permits a comparison that identifies the compact fluorescent as having 
less than half the annual cost of the incandescent. 
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Table 5.5 Lifetime Analysis of [lumination 


Incandescent 

Year PWF Capital Energy Total PW 

1 90 = $2.00 $23.00 $25.00 $22.50 
2 81 $23.00 $23.00 $18.63 
3 73 $23.00 $23.00 $16.77 


Total Present Worth $57.90 
Levelized over 3 years = $23.74/yr. 


Halogen 

Year PWF Capital Energy Total PW 

I 90 = $8.00 $13.00 $21.00 $18.90 
2 81 $13.00 $13.00 $10.53 
2 st $13.00 $13.00 $9.48 
4 66 $13.00 $13.00 $8.53 
5 59 $13.00 $13.00 $7.69 


Total Present Worth $55.11 
Levelized over 6 years = $14.95/yr. 


Fluorescent 

Year PWF Capital Energy Total PW 
I .90 $17.00 $8.00 $25.00 $22.50 
2 81 $8.00 $8.00 $6.48 
3 73 $8.00 $8.00 $5.83 
4 .66 $8.00 $8.00 $5.25 
5 59 $8.00 $38.00 $4.72 
6 53 $8.00 $8.00 $4.25 


Total Present Worth $49.04 
Levelized over 6 years = $11.62/yr. 


Suppose that the analysis in Table 5.5 had compared ail three options over a 30-year 
period. That would have required a series of ten incandescent bulbs — one every three years 
— six halogen, and five compact fluorescent lamps. Each of the sections of Table 5.5 would 
have extended for 30 years, with appropriate PWF, computations, and sums, but each 
would have arrived at exactly the same levelized cost per year for each of the three lamps. 
An important point is that each was evaluated over a different period of time — its lifetime, 
yet the results are directly comparable. The results, however, are identical to those that 
would have been obtained from analysis of all over the same, longer, period. 


Benefits and Costs Must Be Discounted by Similar Methods 


One point often not appreciated by planners is that one must discount both benefits and 
costs by the same discount factor in any study. Many people accept this when both benefit 
and cost are measured in dollars, but do not realize that it is just as necessary when benefit is 
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Table 5.6 False Analysis Showing that Power Bought at 
10¢/kWh for 30 Years Actually Costs Only 3.21¢/kWh 


PW of Cost 


Year PWF kWH Bought 
0 1 1,000,000 
1 0.90 1,000,000 
Z 0.81 1,000,000 
3 0.73 1,000,000 
4 0.66 1,000,000 
5 0.59 1,000,000 
6 0.53 1,000,000 
7 0.48 1,000,000 
8 0.43 1,000,000 
9 0.39 1,000,000 
10 0.35 1,000,000 
11 0.31 1,000,000 
12 0.28 1,000,000 
13 0.25 1,000,000 
14 0.23 1,000,000 
15 0.21 1,000,000 
16 = 0.19 1,000,000 
17 0.17 1,000,000 
18 0.15 1,000,000 
19 0.14 1,000,000 
20 0.12 1,000,000 
21 0.11 1,000,000 
22 ~=0.10 1,000,000 
23 = 0.09 1,000,000 
24 = 0.08 1,000,000 
25 0.07 1,000,000 
26 =—s-« 0.06 1,000,000 
27 ~=—s:« 0.06 1,000,000 
28 0.05 1,000,000 
29s «0.05 1,000,000 
30 =—s «0.04 1,000,000 
Total 30,000,000 


Price, per kilowatt hour = $961,848/30,000,000 
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Total Paid 


$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 
$100,000 


= 3.21¢/ kWh 


$100,000 
$90,000 
$81,000 
$72,900 
$65,610 
$59,049 
$53,144 
$47,830 
$43,047 
$38,742 
$34,868 
$31,381 
$28,243 
$25,419 
$22,877 
$20,589 
$18,530 
$16,677 
$15,009 
$13,509 
$12,158 
$10,942 
$9,848 
$8,863 
$7,977 
$7,179 
$6,461 
$5,815 
$5,233 
$4,710 
$4,239 
$961,848 
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measured in some other form. This is easiest to see by first observing the “absurd example” 
shown in That shows the annual costs and present worth costs to buy 1,000,000 
kWh annually over a 30 year period at a constant price of 10¢ per kilowatt hour (a total cost 
of $100,000 per year, each year). It uses an 11% discount rate (.9 PW factor). 

What is the average price paid for power? Clearly, it is 10¢/ kWh. Yet the table can be 
used to “show” that power costs only 3.21¢/ kWh. One uses the total 30-year discounted 
cost for buying the power ($961,848) and divides this discounted cost by the total amount 
of power bought, 30,000,000 kWh, to get 3.21¢/ kWh. 

This is an absurdity, of course, because every kWh bought is priced at 10¢. The mistake 
made is in the use of discounted cost but not discounted benefit — in this case the “benefit” 
is kWh, which needs to be discounted, too. Any PW benefit-cost analysis is valid only when 
both cost and benefit are equivalently discounted. Here, either cost must not be discounted 
or benefit must be discounted, too. In either case, one would then get an evaluated cost of 
10¢/kWh. The sheer absurdity of this example makes this point quite clear, but this type of 
mistake passes muster with many planners when made just as blatantly but in a less obvious 
case. In particular, this mistake is often made when dealing with “‘negawatts” (energy use 
avoided) due to DSM expenditures or to the price/cost of power from a wind turbine. 


discusses that last example in more detail. 
5.4 VARIABILITY OF COSTS 


Given that T&D planners have sufficient lead time and flexibility of selection in equipment, 
site, and routing, and can optimize T&D arrangements without severe limitation, the cost of 
moving power as perceived in their planning is usually fairly linear with respect to both the 
amount and the distance power is to be moved as illustrated in double the 
amount of power moved and the cost will double, move it twice as far and the cost will 
double. Thus, from a long-term or “Green Field” perspective, the marginal and incremental 
costs of delivering electric power are largely unconstrained and linear. 

However, once a system is in place, its structure is defined, its fixed costs are sunk, and 
its embedded cost structure cannot be avoided. Its design affects the capability and costs of 
local power delivery. Its limitations constrain how much and where power can be delivered. 
Its capacity limits impose an exponential relationship between the amount of power moved 
and the losses costs. The existing T&D system creates constraints with respect to expansion 
and modification plans: marginal and incremental costs may no longer be so well behaved 
and linear. Cost of delivery varies within a T&D system depending on the time of delivery, 
the level of the system through which power is delivered, the location of delivery, and on 
any system or equipment contingencies. 


Temporal Variation 


The cost per kilowatt for both power and power delivery varies with season, day of week, 
and time of day. The cost of the power itself rises during peak periods because of increasing 
production cost (expensive generation is used only when all less expensive generation has 
already been committed). Delivery cost rises because of increased losses. 

While the embedded fixed costs of equipment and operations do not change during peak 
conditions, the delivery cost rises nonetheless because of the non-linearity in losses costs 
and the increased production cost at peak times. A typical residential load curve may have 
an annual load factor of .55 and a minimum annual load that is only 20% of the annual peak 
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Figure 5.10 Present worth of building and operating one mile of 12.47 kV feeder with any of four 
different line types, as a function of peak load carried over the next 30 years (annual load factor of 
.60). Given that a planner has freedom to select which of several line types to build, as shown here, the 
locus of “minimum cost solutions” is fairly linear over a wide range, approximating a linear power 
versus cost relationship (dotted line). 
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Figure 5.11 Coincident demand for a feeder (left) and losses cost (right) on an hourly basis for its 
annual peak day. While load varies by a factor of 3:1 during the day, losses vary by nearly an order of 
magnitude. 


Table 5.7 Cost of Losses Per Kilowatt Delivered on a Feeder as a Function of the Operating 
Conditions 


System Load Losses Priceof Valueof Losses Cost 
Situation kW kW Power (cents) Losses per KW delivered 
Minimum (April, Sun., 3 AM) 1200 79 5.0 $ .40 3 
Average load (8760 hours) 3300 59.4 6.8. $4.03 12 
Average during a contingency 4900 130.9 6.8 $8.87 1.8 

Peak load (July, Tues., 5 PM) 6000 196.4 7.5 $14.33 25 

Peak during a contingency 7600 315.1 75 $23.63 3.) 
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demand. In such a situation, PR losses at peak are 25 times their value at minimum load 
conditions and roughly five times their average value over the year. Second, the cost of 
energy to make up losses is greater during peak, because the cost per kWh of power being 
pushed into the system is higher. able $7 gives computation of losses cost on a feeder 
under average, minimum, and peak conditions. illustrates the behavior of losses 
cost over a typical day. 


Contingency Variations 


Economy of operation is normally a concern in the design of T&D systems only with 
respect to “normal” conditions, and no attempt is made to assure economy during 
contingency or emergency situations. During contingencies, when equipment is out of 
service and temporary switching or other measures have been implemented to maintain 
service, load levels, losses, and loss-of-life costs are quite high. Table 5.7 shows that during 
contingency operation of a feeder (when it picks up half of the load on another feeder) 
losses costs rise substantially. 


Level of the System 


Power delivered to customers at normal utilization voltage — 120/240 volts — travels through 
all levels of the T&D system on its way to the customer. If delivered at a higher voltage 
level, some levels are avoided and no cost is associated with these lower levels. Therefore, 
power is typically priced less if delivered in bulk at higher voltage, and even lower if the 
consumer owns or pays for the receiving-end power system equipment (substation, control, 
relaying and breakers, and metering, etc.). As an example, in Figure 5.12] power delivered 
at subtransmission voltage (69 kV) to a large industrial customer would not travel through a 
distribution substation, feeder, service transformer, or secondary system. As a result, its cost 
would be 6.4 cents per kilowatt hour, not the full 8.2 cents per kilowatt hour charged at the 


120/240 volt level. Distribution costs were avoided and thus the power is priced in 
accordance with just the transmission-only costs that were incurred. 


Spatial Variation of T&D Cost 


Cost to deliver power varies depending on location within a power system. Variations are 
both due to “natural” reasons — it is difficult to deliver power to some locations like the tops 
of mountains, etc., and due to “system characteristic” reasons: no matter how a delivery 
system is laid out, some consumers will be close to a substation and others will be farther 
away from it. In some sense, those farthest from it are most expensive to serve, those 
closest to it less expensive to serve. One must bear in mind that traditional and established 
regulatory opinion holds that such variations do not automatically justify proportional 
pricing of electric service. 

In general, the price charged by a local distribution company will be based on the 
average cost to serve all consumers and applied across the local customer base without 
spatial variation. There are exceptions, however; the consumer who chose to live on top of 
the nearly inaccessible mountain might have to pay a premium for service to a “hard to 
reach area.” However, at the transmission (wholesale) level, spatial pricing is often applied. 
Certain pricing mechanisms (locationally based marginal costing, etc.) do vary price by 
location based on how cost to deliver power varies from one locale to another. 

Regardless, cost varies on a spatial basis, and there is often merit in studying its 
variations in order to understand how to reduce cost. shows the cost of power 
delivery throughout a small coastal town, evaluated on a high resolution (1/8 square mile) 
spatial basis. Here, as seems typical, embedded cost of power delivery varies by a factor of 
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Switching 


Sub-transmission 


Substation 


Figure 5.12 The cost of power depends on the effort and facilities used to deliver it. Thus, price 
varies depending on the level of the system from which it is delivered, as shown here. Prices indicate 
the average cost/k Wh. 
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Figure 5.13 Shading indicates annual delivery cost of electric power on a location-dependent basis 
for a small coastal city. 
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Figure 5.14 Maps of incremental T&D delivery cost for the region in Figure 5.13 under two different 
plans. Left, a proposed new power line is routed along a ROW near the coast. Right, it is not built 
because of environmental concerns. Either way, subsequent expansion costs vary spatially (a 
characteristic of all T&D systems), but the locations of high- and low-cost areas work out differently. 
The specific locations of where power delivery is most expensive are often a function of planning and 
engineering decisions, not inherent difficulties associated with the terrain or the area’s isolation etc. 
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Figure 5.15 Both T&D and DSM costs vary spatially, depending on a variety of factors. Shown here 
are maps of the cost of expansion of T&D and DSM within a small city. Quite obviously, the cost- 
effectiveness of DSM (the ratio of these two) also varies spatially. 
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three among locations. Cost varies for a number of reasons: equipment in one part of the 
city is highly loaded, in other parts lightly loaded; areas for the substation incur higher 
losses; load density/fixed cost ratio varies from area to area. 

Marginal and incremental costs of power delivery or T&D expansion also vary on a 
spatial basis, often by a factor of ten to one, as shown in High local cost levels 
are usually due to tight constraints on existing equipment capacities and land availability — 
for example a lack of any more room to expand a substation regardless of what is done. 


Spatial cost variations and integrated resource planning 


Many aspects of integrated resource cost and benefit analysis vary geographically, whether 
the IRP is done on a resource value basis (traditional IRP) or a customer value basis (retail 
energy services marketing). The high local costs that occur in some areas of a power system 
are one reason why “geographically targeted” IR programs are often stressed by regulators, 
for even if energy efficiency, renewable resources, and other integrated resources are not 
cost-effective with respect to average T&D costs, they may have high benefit/cost ratio in 
the high cost areas. 

The marginal and incremental costs of energy efficiency and renewable resources vary 
geographically, too, in much the same way as T&D costs. Usually DSM costs vary over a 
slightly narrower range than T&D costs, but as shown in the variations can be 
significant nonetheless. One reason DSM costs vary geographically is that the location of 
the target customer types varies. In addition, the market penetration of target appliances will 
vary — for example some residential neighborhoods have high proportions of electric water 
heaters, others do not. 

Climatological differences within a utility’s service territory can have an impact on the 
distribution of weather-related appliances’ loads. For example, a very high market 
penetration of residential air conditioning can be found in many low-lying, coastal urban 
areas. Since air conditioners in these homes run at near 100% duty cycle during peak 
periods, every load controller will produce a very high reduction in coincident load. As a 
result, a reasonable market penetration of A/C load control can make a very noticeable 
impact on local distribution system peak loads. Yet less than 100 miles away, at higher 
elevations, only a small proportion of homeowners may have A/C units and those may not 
produce a significant contribution to local distribution peaks. As a result, it would cost a 
great deal (many installations, many customers signed up with corresponding incentive 
payments) to “buy” any significant load control reduction. Such different areas of weather 
impact are called micro-climates, and will be discussed in more detail in An 
important point for planners to keep in mind is that micro-climates have two effects: they 
change the market penetration of electric appliances and therefore the demand, which 
affects the need for capital investment (initial, fixed cost), and they change load curve 
shapes, which affect losses (continuing, variable costs). 


5.5 CONCLUSION 


All cost evaluation for power delivery planning should be based upon economic evaluation 
that is consistent over the range of all alternatives. Usually, this means that present and 
future costs must be compared. Present worth analysis, levelized costing, or some similar 
method of putting present and future value on a comparable basis will be used. While 
methods and standards vary from one company to another, the important point is that 
planners apply their company’s method consistently and correctly. rable 5 provides a 
one-page summary of key points in this chapter. 
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Table $5.8 One-Page Summary of Chapter 5 


Cost is the total sacrifice or commitment of resources that must be expended or traded in order to gain 
some desired product or end result. Typically at electric utilities, all costs for any endeavor or project 
are all translated to a common basis — money. 


Initial and continuing costs are, respectively, the cost of preparing or initiating an item, for example 
equipment, site, and construction costs for a substation, and continuing or periodic costs for 
maintaining it in operation or effect, such as maintenance and electric losses costs. 


Fixed and variable costs are, respectively, those costs that will not vary as a function of business 
conditions or use of a facility (such as taxes based on capital value) and those that are a function of 
usage, commitment, or some other controllable aspect of the facility or endeavor (electric losses). 


Costs fall into four categories: fixed initial costs, fixed continuing costs, vanable continuing costs 
and (rare but not unknown) variable initial costs. 


Time value of money is a decision-making tool that puts less value on an amount of money, whether 
a cost or a revenue, if it will occur far in the future. $100,000 ten years from now may be valued at 
only $35,000. 


Time value of money decisions fall into two categories. The first involves deciding whether a present 
expense is justified because it cancels the need for a future expense of a different amount. The second 
involves determining if a one-time present expense is justified because it will reduce continuing or 
periodic future costs. 


Present worth (PW) analysis is a time-value-of-money technique for comparing costs and savings 
that occur at different times on a consistent basis. It is a decision-making tool to determine when 
money should be spent. Although theoretically PWF and DR should be based solely on the financial 
risk involved, in practice there is no uniform way that utilities determine the factors used in planning. 


PW factor (PWF) is the multiplier that relates value of money in one year to its value a year later. 
Value in year N+1 = value in year N x PWF. 


Discount rate (DR) is the amount value is discounted per year. PWF = 1/(1+DR) 


Net present value (NPV) is the value of all future monies involved, all appropriately discounted over 
time. 


From the planner’s perspective, there is no “naturally right” number to use as the present worth 
factor. For planning purposes PWF should be regarded simply as a value that sums up all the 
reasons why a company would prefer to spend money tomorrow rather than today. 


Implied present worth factor — a value that can often be “reverse engineered” by analyzing actual 
approval and rejection decisions for projects at a utility. It often shows that spending decisions are 
actually being made with a much higher aversion to risk and spending than the “official” PWF 
indicates would be the case. 


Minimum revenue requirement (MRR) planning is aimed at keeping customer bills as low as 
possible — it seeks to minimize the total amount of money the utility must collectively charge its 
customers in order to cover its costs. 


Levelized analysis is a method of applying time-value-of-money analysis to initial and future costs to 
develop an equivalent constant annual cost. 


Lifetime cost is the total cost (usually a PW sum of current and all future prices) over the lifetime of a 
device or facility. 


Benefits and costs must both be discounted or present-worthed by similar amounts in any analysis 
that makes decisions or comparisons on the basis of benefit/cost ratios. 
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Equipment Ratings, Loading, 
Lifetime, and Failure 


7.1 INTRODUCTION 


T&D systems are an interconnection of thousands of building blocks, components arranged 
and interconnected together to form a working power delivery system. A good deal of the 
efficiency, economy, and reliability of the resulting system has to do with all the system 
aspects of this interconnection — how equipment is selected, engineering, and arranged to 
work together. Most of the chapters in this book focus on the planning and engineering of 
those system concerns. 

But the individual components are important themselves for two reasons. First, each 
must do its job within the broader context of the system network: there are investment and 
reliability issues associated with that mission. Second, if left in service long enough, every 
component will eventually fail, usually unexpectedly. 

This chapter looks at equipment, failure, and the how failure is the direct consequence of 
equipment usage. As equipment is left in service it ages and deteriorates in various ways, 
which eventually lead to its failure. Heavy loading, poor maintenance, or inappropriate 
usage can exacerbate these deterioration rates. But, conversely, low loading and 
conservative maintenance can make for a poor return on the investment in the equipment. 
Thus, aging, usage, and the care of equipment in a system need to be managed. 

will examine the impact of equipment failures and failure modes and rates on 
the behavior and reliability of a utility system. This chapter focuses on individual units of 
equipment and what ratings, age, deterioration and damage, and failure mean in that 
context. It begins in section 7.2 with a discussion of equipment ratings and lifetime. Often 
the one is based on an expected or inferred level of the other. Regardless, loading and 
expected lifetimes of key materials are inexorably linked, but fuzzily defined. Section 7.3 
then looks at aging, deterioration, and damage and discusses some of their consequences. 
This has particular relevance to the discussion on reliability given in and 
Section 7.4 summarizes the various measures that utilities take to extend or manage 
equipment lifetime. Section 7.5 concludes with a summary of key points. 
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7.2 CAPACITY RATINGS AND LIFETIME 


Almost all electric equipment is rated in terms of its capacity to handle power. Very often 
this rating is given in terms of, or directly derives from, a maximum rated current level. 
Conductor and cable is rated for certain current levels. For example a common type of 336 
MCM ACSR is rated at 540 amps. A particular transformer might be rated at 50 MVA. 

Transformers and many other devices are rated in terms of MVA, for example a 
“nameplate” rating of 50 MVA. There is a pragmatic basis for conductors and cables being 
rated by current and transformers, regulators, and other devices being rated by MVA. First, 
a transformer is designed and intended to operate at a specific voltage, while conductors 
and cable are not. A 336 MCM conductor can be installed on just about any voltage of line, 
the power (at 540 amps) it delivers varying depending on voltage. Cables, though also rated 
by insulation level (e.g., 15 kV class), are intended to operate at any voltage up to that 
rating. Again,.a specified current level best meets their rating needs. 

Transformers and similar electrical machinery do not have a wide “applied voltage” 
range. A 50 MVA 138/12.47 kV transformer is designed to operate at that voltage. It can 
handle a maximum of 210/2315 amps on the high/low sides. While it could be rated for 
current, the specific voltage applicability implies that current has a direct MVA 
interpretation, so that is used. 


What Capacity Ratings Mean 


The primary purpose of ratings is to provide a basis for identification of and comparison 
among equipment, not to provide recommended operating limits. A “SO MVA” transformer 
is rated at that level because it satisfies the definitions of a particular guideline (“‘standard” 
or definition) of how to rate transformers. There are several points any planner must 
understand about this “rating”: 


Very likely (almost certainly) a different guideline (standard) would result in a 
slightly different rating — 51.3 MVA, 49.7 MVA — there is no way to tell except to 
evaluate the unit with respect to that other standard. There are many standards for 
transformer rating, IEEE and IEC being only two widely used ones. 


The rating is a valid way of comparing the unit against other units rated under the 
same standard. A 50 MVA will always have very nearly 25% more capacity than a 
~40 MVA unit, regardless of the “standard” used. 


The rating is not a recommended loading. Of course, those groups of engineers in 
charge of the various standards have assured their usefulness by arranging that 
rating value bears some similarity to actual usage capability. But a 50 MVA unit 
could easily be capable of actually serving only 45 MVA in service, or 55 MVA, 
depending on a variety of environmental issues, load patterns, and other factors. 


Loading, Rating, and Lifetime 


All capacity ratings are linked in some sense to the concept of “lifetime.” Often, this 
linkage is incomplete, not directly applicable to what a planning or operating engineer may 
think of when using the world “lifetime,” or so nebulous that many people would disagree 
with the previous sentence. But the fact is that capacity ratings — particularly when 
interpreted as a capacity limit ~ are always in some way associated with the concept of “end 
of life.” This may be only in a terminal sense — put more current over an ACSR conductor 
than its maximum rating for even a few hours and it will anneal and fail soon thereafter. 
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More generally, capacity ratings, particularly for transformers, motors, regulators, and 
other wound devices, have their basis in deterioration rate, the concept being that loading 
causes deterioration which shortens remaining life and enough deterioration means the unit 
has exhausted its life. A widely used (IEEE) rating has a simple interpretation. The rated 
capacity is the loading that will result in gradual deterioration of the transformer’s internal 
insulation (due to the heat from electrical losses to a defined point (50% of its mechanical 
strength) over a certain amount of time. Other transformer loading standards work in much 
the same way, conceptually, although they vary on definitions, including the amount of 
time, the amount of deterioration, and what these terms mean. But regardless, almost all 
capacity ratings are based on a relation to “life’”’ in some sense. 


Loading Versus End of Life 


Given enough time, the deterioration due to the heat generated by losses will result in 
deterioration of insulation strength which will cause the failure of a transformer, motor, or 
regulator, usually in a manner that damages it beyond repair. Loaded to a higher loading, 
the unit will deteriorate faster and very likely reach a point of failure sooner. Nearly all 
power engineers both accept this as qualitatively accurate and use it in their work. 

However, “end of life failure” is not that simple. One of the failure modes for equipment 
does correspond exactly to this concept. A transformer or motor operates for a period of 
time (usually many years) all the while suffering from gradual deterioration of its insulation 
strength due to the heat from its losses. At some point the insulation has lost so much 
strength that it fails electrically, a fault develops, and the unit “dies.” 

Many transformers and motors “die” in exactly this way. But only a portion. Many other 
types of failures occur. There is a constant exposure to “damage events” that every unit 
suffers. A passing bird streams excrement onto the unit’s bushings and the resulting fault is 
not cleared quickly enough. A vandal holes the unit with a bullet in just the wrong spot. 
Lightning strikes the unit and destroys it. Failure from these and other external causes, 
unrelated to insulation strength, is a constant possibility. Given enough time, any unit left in 
service would “die” due to some cause. 

But perhaps through-faults are the major contributor to transformer failure. A major 
fault passing through a transformer shakes it severely. Large power transformers can “ring 
like a bell” and move by several inches. The transient mechanical forces acting on bracing 
and insulation inside them are tremendous. Many power engineers, including the author, 
believe that through-faults are the predominant cause of transformer failure. Although 
infrequent, any transformer will see a number if left in service long enough. Each 
successive fault weakens the unit’s structure, bracing and fittings, leaving it slightly 
“looser.” Eventually, with its insulation’s mechanical strength weakened due to gradual 
deterioration from the heat of losses, the insulation experiences a through-fault whose 
mechanical transient leads to its electrical failure. An internal fault occurs. The unit “dies.” 

Thus, any “lifetime” associated with a “rating” has to be treated for what it is, a 
number based on a standard, a number that has only a very limited meaning with respect to 
actual expected service life. Even if the capacity rating associated with it correlated exactly 
with the unit’s actual usage, that lifetime would have only limited usefulness, because the 
unit is exposed to many other possible failure cases, and the “insulation strength” being 
used as a proxy for lifetime is at jeopardy from a failure mechanism not taken into account 
by the rating standard. gives failure causes that the author believes represent an 
industry cross-section for the failure of transformers and motors. These are based on 
experience and should be viewed as qualitative. 
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Table 7.1 Causes of Failures for Transformers and Motors 


Cause Transformers Motors 
Long-term deterioration of insulation 50% 10% 
Through-fault 40% - 

External damage 10% 10% 
Mechanical damage/wear by connected load - 20% 


A Conceptual Electrical Equipment Lifetime-Failure Model 


The author’s conceptual model of electrical equipment deterioration and failure, particularly 
as applied for transformers, is shown in Three factors associated with 
lifetime/failure are involved, explained with respect to transformers below: 


A background failure likelihood, shown as a base possibility (dotted horizontal 
line) that “unwelcome events” can happen at any time — lightning strikes, 
external physical damage, unknown causes, etc. 


A slow, linear deterioration in internal strength caused by service, shown as a 
straight (dashed) line. In the real world, this is usually a stair-step function. For 
example, each successive through-fault degrades a transformer’s strength. 
However, for planning, one knows nothing about when such events will occur 
so this is modeled as a gradual deterioration. This susceptibility or “looseness” 
is added to the background damage likelihood (dotted line), so that the dashed 
line starts from the height of the dotted line. 


A gradual degradation in strength of insulation, an exponential decay as the core 
insulation degrades in mechanical strength due to heating from losses (solid). 
This follows the exponential model of insulation strength deterioration 
(Arrhenius theory of electrolytic dissociation) which will be discussed in detail 
later in this chapter. 


A deterministic representation of this model (the plotted lines in Figure 7.1, without the 
probability distributions) views the unit’s “net strength” as the gap between the dashed line 
and the solid line. As insulation strength degrades and susceptibility grows, the gap 
narrows, increasing the likelihood of a “life ending failure.” At some point (A), when the 
gap becomes negative, the unit is running on “borrowed time” and failure is likely. The 
probability distributions attempt to illustrate the actual concept as the author uses it, which 
is that all three factors are probability distributions.’ 

The likelihood of failure in the probabilistic application of this concept is given by the 
amount of overlap of the insulation-strength distribution and the combined through-fault + 
damage event distribution. This has proved to be a useful model, but one must remember 
that it neglects a number of details. 


' A transformer will have a maximum through-fault level that it will see at the bus at its location, 
perhaps 10,000 amps or more. But many through-faults will be caused by faults far out the 
distribution circuit, resulting in far less than the maximum fault current. Thus, a variation in the 
impact of damage events is to be expected. That vanation can be analyzed and used in predicting 
lifetime. 
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Figure 7.1 Simple conceptual model of transformer failure. See text for details. 


Thus, as modeled, equipment lifetime is predominantly a function of four factors. The 
first is the design of the unit. A unit built stronger, heavier, or of a more robust design will 
last longer. 

The other three factors relate to how the unit is used. These are factors that the planner 
can vary in his planning (at least in a study) to determine the umnit’s expected service 
lifetime. First, the level of exposure it will have to damage from external elements. A 
transformer installed outdoors, in a harsh weather area (lightning, etc.), and near a road 
(possibility of automobile accidents) will have a lower expected lifetime, than one installed 
indoors and completely protected. Second, loading greatly affects deterioration rate, so 
lower loading levels lengthen expected lifetime, and higher loadings shorten it. Third, 
through-faults erode transformer strength, so a unit that is placed into a system and operated 
so it will see faults only infrequently, and only of rather modest fault levels, will last much 
longer than one exposed to more, and higher level, faults. 


Looking at Rating Models and Standards in More Detail 


There are also other “ratings” for many types of equipment. As stated above, insulated 
cable has a rated maximum operating voltage. A transformer will have a maximum rated 
short-circuit current. There are many other ratings which will not be discussed here. The 
rating of most importance to a planner is the capacity that the equipment can carry, whether 
that is stated in current or MVA. The actual basis for that rating is generally based on a 
standard — a consistent and fully defined basis for defining the rating, specifying conditions 
and other terms that are important. Thus, the 336 MCM conductor is rated at 540 amps 
because that is the current that results in a maximum conductor temperature of 75 degrees 
C, in steady state conditions of 25 degrees C with a wind speed of 1.4 miles per hour. In a 
very similar way conceptually, the transformer is rated at 50 MVA under a very specific 
standard of conditions. 

There are so many variations, exceptions, and details involved in transformer ratings 
that this discussion will only summarize them. Transformer ratings typically assume an 
ambient temperature (usually about 30°C), an average winding temperature rise of 65°C (a 
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few older “55°C rise” transformers were designed to that lower temperature), and an 
additional hot spot rise of 10°C or 15°C above that. 

Transformers are intended to operate under “normal circumstances” at these 
temperatures on a “continuous basis.” A traditional standard (and one still used) specifies 
that the maximum power rating of the transformer, its “rated capacity,” is the level of power 
it can deliver in continuous service at that load for 7.42 years before its insulation is 
degraded by deterioration driven by heating from losses to 50% of its original tensile 
strength. Formulae exist to compute the expected time to 50% degradation for any other 
loading pattern, not just a constant load. For example, an example later in this chapter will 
show that a 50 MVA transformer serving a typical utility daily load curve that fluctuates up 
to a 50 MVA peak each day, and not a constant 50 MVA load, has an expected time to 50% 
insulation tensile degradation of 39.3 years, not 7.42 years. 

Regardless of whether it is 39.3 years, 7.42 years, or some other value, the calculated 
time to 50% degradation is sometimes referred to as the unit’s “lifetime.” However, this is 
not a recommended use of the word “lifetime.” The time period can be more properly 
thought of as “insulation half-life.” One reason is that a unit will not necessarily fail at 50% 
insulation strength. In-service lifetime can be and usually is noticeably longer, but will 
occasionally be shorter (see[Figure 7.1}. Individual units will vary greatly in service — some 
lasting longer and some lasting shorter times, for a variety of reasons. Experience has 
proven to the author that generally: 


A calculated lifetime of X years means that the unit is 
very likely to last X years in service, likely to last up to 
twice that long, but unlikely to last three times that long. 


A proposed industry standard has an expected “normal” lifetime of 2.77 times insulation 
half-life (transformers meeting the 7.42 criteria would actually last about 20.6 years before 
insulation failure due to deterioration). This proposed standard fits the author’s rule (above) 
and is probably indicative of lifetime due to insulation failure. However, the reader is 
cautioned to keep in mind the failure causes shown in|Table 7.1] and the lifetime-failure 
model shown in Figure 7.1: a majority of transformers die from other causes, or have at 
least some other contributing cause to their demise beyond just insulation tensile-strength 
degradation. The “2.77 half-lifes rule” is an upper bound on expected lifetime under the 
best of conditions. 


Why Ratings? 


Regardless, while insulation half-life loading level is not an actual lifetime, it provides a 
useful basis for study of many lifetime-related issues. A unit rated 60 MVA under this 
standard will be able to handle roughly 20% more loading than a 50 MVA unit over a 
similar service lifetime, whatever that might be. A 50 MVA unit serving 40 MVA will last 
considerably longer than if it is serving 50 MVA, but not nearly as long as a 60 MVA unit 
would serving that same load. This is useful information for utilization decision-making, 
although planners must remember that there are considerations, not addressed here, that 
also affect lifetime (i.e., the number of through-faults). 


How Loading Level Affects “Lifetime” 


The example 50 MVA transformer discussed above has an insulation half-life of 7.4 years 
when serving a continuous load of 50 MVA. A similar amount of insulation deterioration 
would occur over a different period of time if the loading level were different. The expected 
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half-life of the insulation is expressed by the Arrhenius theory of electrolytic dissociation, 
which 1s 


L= 10 &(C7?*D6, (7.1) 


where L is the lifetime in hours and T is the temperature reached by the winding hot spot. 
Constants for this equation are given in Table 7.2. These are based on lab tests and have 
been determined for both power transformers and distribution transformers. 
shows a plot of half-life versus hot spot temperature for various types of transformers. 

Using 110°C as the hot spot (30°C ambient temperature + 65°C core rise + 15°C hot 
spot rise) and the K, and K> values in Table 7.2 in equation 7.1 gives a computed insulation 
half-life of 


L =10 (6972.15/(273+110)) - 13.391 (7.2) 


= 65,020 hours 
= 7.4 years 


Since the electrical losses heat generated by a transformer is related to loading squared, 
and heat losses of the unit are proportional to temperature rise, one can convert equation 7.1 
to an equation based on MVA loading, as: 


L=10 (K /G03+80MVAIR))+K, (7.3) 


where MVA is the load actually carried by the unit and R is its rated MVA. Using equation 
7.3 with various levels of load shows that a 50 MVA unit carrying 50 MVA will result in 
63,613 hours insulation half-life, whereas one carrying 52 MVA, a loading of only 4% 
higher, will have an expected lifetime of only half that amount. Similarly, operating the unit 
at a 4% reduced level, 48 MVA, will give in an expected lifetime of 14.8 years. A load of 
46 MVA - an 8% de-rating” from the 50 MVA nameplate rating — gives an insulation half- 
life of 30 years, again when serving a constant level of load 8760 hours a year. 


Ambient Temperature Matters a Great Deal 


One can compute the effect of a lower or higher ambient temperature on expected 
insulation half-life or rating that corresponds with a specific lifetime. The examples above 
and standard rating/lifetime computations assume an ambient temperature of 30°C (86°F), 
a temperature far below that normally associated with summer peak load periods in most 
utilities. Computing equations 7.1 and 7.3 with 38°C (100°F) means that: (1) lifetime is cut 
by more than half or (2) the load being served must be reduced by more than five percent, 
to 47.4 MVA. Similarly, a cooler ambient, for example O°C in winter, permits a much 
higher loading with no loss of expected insulation half-life. 


Table 7.2 Values of K, and K, for Equation 7.1 to Compute Insulation Half-Life 
Description K, K, Rise 


Power Transformer (55°C Insulation) 6972.15 -14.133 95°C 
Power Transformer (65°C Insulation) 6972.15 -13.391 110°C 
Distribution Transformer (55°C Insulation) 6328.80 -11.968 95°C 
Distribution Transformer (65°C Insulation) 6328.80 -11.269 110°C 
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Figure 7.2 Expected insulation half-life of transformers as a function of hot spot temperature: plots of 
equation 7.1, for various types of transformers. Typically transformers are designed for hot spot 
temperatures of 95°C (55°C rise types of insulation) or 110°C (65°C rise insulation). Transformer life 
drops exponentially as hot spot temperature rises. 


Dynamic Loading and Lifetime 


All of the above discussion referred to situations where a transformer is loaded to a certain 
level, for example 42.28 MVA, and left at that loading permanently. While a few power 
transformers in industrial service see such constant loading patterns, very few others do. 
Most power transformers, and nearly all in utility service, serve a load that varies 
temporally, by time of day, day of week, and season of year. and B| discuss load 
variation over time and typical loading patterns seen on utility systems. In such cases where 
the load varies with time, the situation with respect to temperature build-up and 
deterioration rate is not nearly as simple to calculate as it is for a constant loading level. 

illustrates why. The plots show the loading and peak core temperature of two 
different 50 MVA transformers that are “cold,” serving no load, up to the time they both 
experience a step function in loading to 60 MVA. Both transformers are designed so that, 
given enough time, a 50 MVA loading will raise their temperature to 110°C, an 80°C rise 
above ambient, their rating. Thus, a 60 MVA loading will generate (60/50)* as many losses 
and eventually raise the temperature of concern in each to about a 115°C rise, an 
“overload.” 

But it takes time to “cook” a large transformer, often a good deal of time. In effect, the 
windings with their electrical losses are a large heating element trying to raise the 
temperature of a very big assembly (the transformer core) inside a large metal tub (the case) 
containing a great mass of oil. This whole assembly weighs many tons, and even a number 
of kilowatts of losses take quite awhile to work the temperature up to really high levels. 

In the case of these two units used in Figure 7.3’s example, both are 50 MVA units with 
identical windings generating identical losses when transforming 60 MVA. But one 
transformer has a heavier core and a larger case that contains a much larger amount of oil. It 
takes longer to heat this more massive cover up to any particular temperature than its does 
for its less massive cousin. 
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Figure 7.3 Temperature rise for two 50 MVA transformers, both unloaded and “cool” prior to being 
loaded to 60 MVA at t = 0. Top, a unit with a time constant of 4-hours. The dotted line shows the 
initial rate of temperature mse (see text). Bottom, a similar transformer, but with greater “thermal 
inertia” giving it a 6-hour time constant. 


From the moment the 60 MVA loading begins, temperature begins creeping upward in 
both units. In each, the temperature will asymptotically approach a value of 115°C. 
However, in the more massive unit the rate of rise will be slower, since the same amount of 
heat has more mass through which it must diffuse. For either unit, and for any other 
electrical equipment that is heating to some asymptotic value (or cooling in a similar way) 
the temperature reached at any time is given by: 


T=Ax(1- Ue) (7.4) 


where A is the asymptotic target 
T is the time since the heating began 
C is the temperature-rise time constant 
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Figure 7.4 Temperature when the smaller of the two 50 MVA transformers is loaded to 60 MVA 
after first being at 50 MVA for a long period of time. 


A physical interpretation of this formula is simple: At any instant, the rate of 
temperature rise is such that if continued for a period of one time constant, the unit would 
reach the asymptotic value. The lighter of the two transformers in this example has a time 
constant of 240 minutes, the heavier unit a time constant of 360 minutes. As a result, when 
the 60 MVA loading starts, temperature starts rising toward 115°C in both units, at a rate of 
48 and .32 degrees rise per minute respectively for the smaller and larger units. (These 
figures correspond simply to 115°C/240 minutes and 115°C/360 minutes.) But the rate of 
rise does not stay at that rate. Slightly over two minutes later, the smaller unit has already 
reached a 1°C rise, and its rate of increase has now dropped slightly, to 114°C/240 minutes. 
When its temperature eventually reaches an 80°C rise, the rate has decreased to only 
.15°C/minute (computed as (115 - 80)°C/240 minutes). 

shows temperature as a function of time for both units. The less weighty of 
the two transformers (that with the 4-hour time constant) reaches a 25°C rise by the end of 
the first hour, 73°C rise after four hours, and 108°C at the end of twelve hours. It takes 284 
minutes (4.7 hours) for it to reach the 80°C rise level of the standard. By contrast, the 
heavier unit, with its 6-hour rise time, reaches only a 18°C rise by the end of the first hour, 
and takes 426 minutes to reach the 80°C level. During the time discussed they have yet to 
reach the 80°C rise limit; these units are not under high degrees of thermal stress. In fact, 
the earlier part of those 284- and 426-minute periods causes little deterioration. As the 
temperature continues to creep upward deterioration accelerates. If the 60 MVA loading is 
continued long enough, temperature will rise to 115°C and the deterioration rate will 
stabilize at .004 percent per hour, a rate at which insulation half-life is only 1909 hours.” 


* Beyond the truly dynamic heat-flow factors at work in the discussion above, at really high (more 
than two times) loadings, a number of other factors put a transformer at much higher levels of 
jeopardy than mere deterioration of insulation would suggest. For example, if the hottest spot 
reaches a temperature that boils the transformer oil, the “bubble path” through the oil created as a 
result can cause a fault, and catastrophic failure may result). 
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A more realistic example, in the sense that it occurs much more often than an unloaded 
transformer suddenly seeing a load above its rating, is shown in Here, the less 
massive of the two units in Figure 73 was already at stable thermal operation at its full 50 
MVA load when load was increased to 60 MVA at time zero. Again, temperature 
asymptotically heads toward 115°C. But temperature was at 80°C prior to this time, so 
deterioration above the standard’s rate (equivalent to a 7.142 year half-life) begins to occur 
immediately. 


Key points from this example 


This introduced two factors every planner should keep in mind when dealing with 
equipment lifetime and loading issues. First, dynamic effects can be critical, particularly 
when dealing with periods in which temperature rise might not reach critical levels. For 
example, multi-hour “overloads” of 20%, as shown above, cause no great deterioration of 
either unit. 

Second, transformer characteristics vary significantly, often because of simple choices 
made in the design of the units. Differences like that shown between the two 50 MVA units 
used in the example above — one can tolerate the “overload” for about 5 hours, the other for 
over 7 hours without significant deterioration — are common. Much larger differences than 
this can exist among units that may have the same “rating.” 

A third point was not illustrated well by the examples above, but needs to be 
emphasized. The Arrhenius equation (7.1) is a steady state equation. Its use in dynamic 
situations is only approximate. While it seems logical that a combination of equations 7.1 
and 7.4 could be used to calculate temperature rise and from it deterioration as a function of 
time during dynamic loading periods such as shown in Figures 7.3 and 7.4, such a 
calculation would be only approximate. The numbers obtained above for deterioration were 
- computed in this way on a minute-by-minute basis, and are accurate only within about 10%. 
During periods when the load is changing rapidly, and consequently the core temperature is 
changing rapidly, too, any method based only on this approach will tend to underestimate 
stress on the transformer. This is particularly true if the asymptote is more than 20°C above 
rated maximum rise. 


Loss of Life from Emergency Loadings 


Suppose that the 60 MVA load in Figure 7.4 is continued for 24 hours. Equation 7.1 can be 
used to determine that during 24 hours of stable steady-state operation at 60 MVA (i.e., 24 
hours after the temperature reached the asymptote) the unit would lose 24/1909 or about 
1.25% of its total insulation half-life. Since the temperature in this example was quite cool 
for the first four or so hours of operation, deterioration would be a bit less than this. In fact, 
in this example, a minute-by-minute analysis for the 24 hour period using equations 7.1 and 
7.3 predicts that the unit would lose about 7/8 percent of its insulation half-life during that 
one-day period. This is a bit lower than the actual would be, because of the approximate 
nature of the equation when applied to dynamic loading (see above). Such an overload will 
most likely cause almost exactly a 1% loss of life. 

The concept of loss of life for brief overloads is an accepted way of studying and 
characterizing loading versus lifetime issues for transformers and some other electrical 
equipment. In truth, a transformer has no “maximum load.” But any load it carries implies a 
certain rate of deterioration and stress that will shorten expected lifetime. 

Permitted emergency loadings are often determined on the basis of a 1% loss of life. In 
the section above, the 60 MVA loading, a 20% overload, resulted in the use of 1% of the 
insulation tensile half-life in that single 24-hour period. The specific definition of “life” 
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involved is the insulation tensile half-life, but unlike other cases, the life to which this can 
be applied is actual expected life of the unit. As stated above, the insulation half-life 
(equation 7.1) is not a prediction of the expected service life of a unit and often one cannot 
determine a basis for comparison. But half-life is assumed to be proportional or 
representative of actual life in a limited sense, even if one does not know what that is. So a 
1% loss of a calculated life of 7.42 years is 1% loss of the actual life, whatever that may be, 
even if one doesn’t know what it is. 

This is perhaps the cause of the confusion that leads some people to try to interpret 
insulation half-life as actual service life. Again, insulation half-life is not a prediction of 
actual expected life in service. But a 1% calculated reduction in it is indicative of a 1.5% 
loss in actual useful life of the unit, although that is probably not known (or knowable) with 
certainty. 


Loss of Life Tables 


Generally, power equipment in utility service will see really high loadings — those 
substantially above its nameplate rating — on very rare occasions which can be characterized 
as emergencies. For example, two identical 50 MVA transformers might be installed at a 
substation and, following typical industry practice of the late 20" century, loaded so that 
both see a peak load of only 40 MVA each. When either is out service for some reason, the 
other may have to serve up to 80 MVA, a 60% overload. Operation for about two hours at 
this loading will remove more than 1% of its life. But emergency loadings are never 
maintained for long. The peak period lasts only a few hours (that shown in is 
typical). Field crews quickly perform switching to transfer some of the load to nearby 
substations. Other crews work on repairs. 

It is typical to talk of the “loss of life” of a transformer due to the high loads it serves 
during such an emergency. Tables have been worked out by both computation and 
experimentation that give the expected loss of life for a particular combination of prior load, 
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Figure 7.5 Loading and time combination that result in the loss of 1% of transformer life. Left, 
typical curve of “emergency service” ratings. For example, the unit can serve four hours at about 40% 
overload while losing 1% of expected life. Right, data plotted with a log scale for time. At zero 
overload level (its rated level) the unit will serve about 1300 hours with loss of “1% of its rated life” 
(1/50 of 7.4 years). (Source: Electric Transmission and Distribution Engineering Reference Book, 
Table 10(a)). 
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(i.e., was the transformer at full rated load prior to the emergency loading?), amount of 
emergency loading, and period of that loading. For example, a standard industry 
transformer table states that loading an oil-filled power transformer to 200% of its 
nameplate rating for only % hour will shorten its expected lifetime by 1%.? This would be 
an extreme emergency loading situation, in the sense that 200% of nameplate is among the 
highest that would ever be contemplated for a transformer. And this is close to the shortest 
duration period that would really do any good. More typically, a utility might decide to load 
a unit up to 160% of nameplate rating for two hours, a combination that also gives 1% loss 
of life. Regardless, that data and others available in industry references are used as guides 
on how far to “push” a transformer in service (Figure 7.5). 

The “life” referred to in these tables and in the application of such guidelines as 
discussed above, is the same “insulation half-life” of the Arrhenius theory, but the concept 
can be applied to any expected lifetime: whatever that lifetime is, one forfeits 1% of it to 
ride through the emergency. 


Cyclical Loadings and Lifetime 


For the vast majority of transformers in electric utility service, the load varies over time, 
rising and falling as a function of the customer demand level. shows the 
temperature and loading through a typical day for a 50 MVA transformer in service at a 
utility in the Midwestern U.S. Although loading hits 50 MVA for one hour of the day (5-6 
PM), the transformer never reaches 80°C and the deterioration rate never reaches a rate 
equal to a 7.42-year half-life. 

In fact, for much of the 24-hour period, the temperature rise is quite low and the loss of 
lifetime is insignificant. In the early morning hours the deterioration rate is so low that if 
continued, it would give an insulation half-life of over 500 years. Averaged over the entire 
day, the deterioration rate corresponds to an insulation half-life of 39.3 years. 

Here, then, is the “secret” of utility transformer service longevity. At a constant load of 
50 MVA, the transformer has a calculated insulation half-life of 7.42 years. But when 
serving the cyclical load with a peak of 50 MVA, as shown in Figure 7.6, it has over four 
times that calculated “lifetime.” That lifetime can be interpreted to mean that this unit is 
very likely to last 39.3 years in such service, and likely to last far longer than that. 
Qualitatively then, a transformer rating determined using the “7.42 year lifetime” standard 
is similar to the peak load rating an electric utility wants in order to “nearly guarantee” a 
satisfactorily long life, 40 years, in service. 

Interestingly, by varying the values used in the computations, one can determine that if 
this unit were asked to serve this same load curve shape, but with a higher peak load of 55 
MVA (10% higher), then its average daily rate of deterioration (serving this same cyclical 
load every day) would be the same as when serving a constant 50 MVA load. Insulation 
half-life would be 7.42 years. Again, it would likely last more than 7.4 years in service, but 
probably not 22.2 years. 

The formulae and concepts used above can be applied to compute insulation half-life as 
a function of peak load level for any load curve shape. shows half-life versus 
peak load level for this load curve shape (dotted line). Also shown (the solid line) is a more 
realistic situation: this same daily load curve shape but the peak value is used for only the 


3 Electrical Transmission and Distribution Reference Book, fifth edition, page 114, Table 10(a) — 
Permissible Short-time Transformer Loading, Based on Reduced Life Expectancy. 
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Figure 7.6 Load (solid line), temperature rise (dashed line), and loss of life (dotted line) for a 138/12.47 kV, 50 MVA power transformer. Over the 
24-hour period it loses .0057 percent of its insulation strength (by calculation), a rate corresponding to a 24.2 years insulation half-life. 
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Figure 7.7 Solid line - Insulation half-life versus peak load as a percent of nameplate, for the less 
massive of the two 50 MVA transformers used in earlier examples, when serving an annual load curve 
(8760 hours) with a typical utility load factor (63%), where the peak day (load curve in is 
reached on only 37 days of the year, other days being lighter loadings. Serving a peak load of 
nameplate rating gives an insulation half-life of 72 years. Dotted line — half-life if the peak load level 
is reached every day. 


peak 37 (10%) days in the year, with the rest of the days having lower peaks, matching a 
typical utility usage pattern of 63% annual load factor. Just this reduction in the number of 
peak days in the year which hit the peak loading of 50 MVA results in an increase in 
insulation half-life to about 75 years. 


The Crux of Wound-Equipment Lifetime and Loading Issues 


Regardless, for transformers and other wound electrical equipment, there is no firm “rating” 
above which a unit cannot be loaded. Any loading level has associated with it a period over 
which the unit is expected to retain sufficient strength (or materials, or dielectric strength, or 
whatever), based on some (or several) standards, which are specific definitions of how one 
relates loading to lifetime, and what those terms mean. Often, this period of time until 
deterioration has reached a certain defined point is referred to as “lifetime,” but it is critical 
for planners and engineers to keep in mind that it is not an actual prediction of “service 
life.” | 

The owner-operator of electrical equipment faces a choice with respect to loading 
equipment. If he or she picks a conservative loading level, thermally driven deterioration 
will be slow, and the unit could last for decades. During that time, long exposure to damage 
by other causes — through-faults, weather, vandalism — could be the primary cause of 
eventual failure. 

Alternately, the unit can be used to serve a much higher load. If so applied, deterioration 
will be faster, expected service lifetime of materials will be lower, and the unit can not be 
expected to last as long. Exposure to through-faults, damage, and weather will be slighter, 
and perhaps not as significant a consideration over the shorter period. And, used in this 
way, the unit will do more work ~ it is serving a higher load so its utilization, whether 
viewed on a per unit basis or per dollar invested basis, is higher. 
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The optimal decision with regard to loading is thus a balancing act. Higher loads 
accelerate lifetime but mean the unit provides more value now. Lower loads preserve the 
unit for more future years of service, but mean that it provides slightly less value each year, 
now and in the future. 


7.3 AGING, DETERIORATION, AND DAMAGE 


All electrical equipment “ages,” in the sense that it gets older every day. But often 
chronological age, the time since manufacture, is of little consequence. Service age — time 
in electrical service — is the key factor and definition of “age” for most electrical equipment. 
Cables, conductor, transformers, and many other kinds of equipment have very long “shelf 
lives,” so date since manufacture is not normally an issue with respect to age. 

‘“‘Age” means time in service. During every year of service the equipment is exposed to 
weather, sunlight, and potential damage from animals, plants, stray bullets, and vandalism, 
etc. Furthermore, and often most important, various materials and components in 
transformers, breakers and other equipment will deteriorate as a consequence of electrical 
service. Deterioration means the (usually) gradual but steady reduction of some necessary 
physical or electrical characteristic(s) of the equipment, be it dielectric (insulation) strength, 
mechanical strength, current carrying capability, or some other needed quality of 
performance for the unit to do its job. 

At some point, the degradation in a needed characteristic leads to failure. This failure 
creates an inability of the equipment to perform its role in the system. That is what “failure” 
means. A remote capacitor switch may fail to open or close on command. It has failed. It is 
not performing its function. 

But usually, failure of an electrical component has a variety of other consequences. Of 
great concern to the electric utility, it may cause an Interruption of customer service, either 
directly (a line falls cutting the path of power flow) or indirectly (a line faults and a fuse 
cuts the path of power flow). 

The failure might end the life of the equipment involved, because the unit is not 
repairable or is not worth repairing. The unit (or what is left of it) ceases to be an asset and 
might now be a liability. Many power engineers think of equipment failure only in this 
manner — that failure means the end of life and the “destruction” of the unit or its value. 
That is not the case, and failure can only be properly studied and managed by understanding 
that. Failure does not necessarily mean that the equipment’s life has ended, or even that it 
causes an interruption, although that is often the case. A failure means specifically that the 
unit has ceased to perform its function, whatever that was. That said, throughout all 
discussion of lifetime and equipment here and in the word “failure” alone will 
mean an event that ends the unit’s life. 

Finally, a failure might cause a catastrophic event — perhaps not just ending the unit’s 
life, but starting a fire that destroys other equipment and property around it. Such cases are 
rare but usually spectacular and memorable, and expensive. summarizes these 
types of failures by their consequences. In each type, the unit “failed” but in a manner that 
had different consequences. Types | and 2 include effects only on the equipment itself (it 
doesn’t work, it has no value). Types 3 and 4 include external effects (customers are 
affected, facilities are affected). 

These failure types are not completely exclusive. Clearly, type 2 implies type 1 — a unit 
that has failed so it has no remaining lifetime is not doing its job. However, not all failures 
cause interruptions (consequence 3). Many failures do not lead to interruptions (example: 
failures of tap changers on transformers). It is possible for a type 3 failure to occur without 
a direct functional failure. For example, a remote switch can open simply through a false or 
mistaken signal being sent to it. There has been a “failure” (actually, a “misoperation,” see 
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Table 7.3 Types of Failure Consequences ~ One or More or All May Occur Simultaneously 


Number Type Consequence Example Cure 

1 Functional Equipmentceases Lightning arrestor fails. | Repair or ignore it and live 
to do its job. without the function. 

2  Lifeending Equipmentceases Lateral disconnect faults. Replace it or remove and do with- 
to have any value. out if replacement unnecessary. 

3 Interruption Equipmentceases Overhead line falls Restore service by switching 
to do its job. to ground. if possible, then repair/replace. 

4 Catastrophic Equipment fails, Substation transformer § Restore service through switching. 
causing fire and explodes during fault, Clean up the mess, and repair 
damage to facilities. causing oil fire. or replace or do without. 


and an interruption has resulted, but the equipment is functional and has not 
“died.” Type 4 failures, although spectacular, may not cause outages. A transformer fire at 
a substation might result in the unit itself and nearby buswork being destroyed, but 
automatic equipment might isolate the entire portion of the substation and switch the load 
instantly to another bus, so that no customer service interruption occurs. 

For many types of equipment, the first three types of failure listed, functional, life- 
ending, and interruption, always occur simultaneously. A clamp on an overhead line that 
breaks (1) ceases to do its job, (2) ends its useful life (since clamps cannot be repaired) and, 
(3) causes an interruption of service. Regardless, it is always useful and occasionally quite 
important to keep these four types of failure consequences in mind when studying 
equipment condition, aging effects, system reliability, and maintenance management. 


Lifetime and “Final Failure” 


At some point, a unit of equipment reaches a point where it has no useful remaining life. 
Almost invariably, electrical equipment in utility service reaches this point only when it 
suffers a life-ending or catastrophic failure. Most electric utilities in the Americas use T&D 
equipment on a “run to failure” basis. Equipment is very rarely withdrawn from service 
because it is old and has little remaining life left. (By contrast, utilities in Europe and Japan 
sometimes remove major equipment from service at the end of periods of about 40 years). 
All four failure-consequence types listed in Table 7.3 are of interest to a utility. However, 
with respect to planners, types 2 and 3 predominate. Type 2 relates directly to equipment 
lifetime — the length of time the equipment will return a benefit (perform a function) in 
return for the utility’s investment in it. That is a key factor in optimizing retumm on 
investment and improving utilization of both investment and equity. Type 3 failures — those 
that cause interruptions — are clearly an issue in managing reliability of customer service. 
Lifetime ends when a unit is no longer worth retaining, either because it cannot be 
repaired, because it is not worth repairing, or because it does not perform well enough to 
meet current needs. This last issue is not failure related, and applies mostly to computer and 
automation equipment, due to obsolescence, which will be discussed later in this chapter. 


Deterioration and Damage 


From the moment a unit enters service, it begins to deteriorate in a number of ways, some 
or all of which are critical to its function. For example, paint begins to weather due to wind, 
rain, temperature extremes, and sunlight. Insulation loses mechanical strength due to the 
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high temperatures caused by electric losses. Metal fatigues and tight assemblies loosen 
slightly due to cyclical expansion and weather-induced stresses, and perhaps due to 
magnetic transients caused by fault currents. Wood poles and assemblies rot. Metal cases 
and supports corrode and weaken. Moving parts wear and critical tolerances widen. Contact 
surfaces pit and burn. Insulation “trees” or otherwise loses dielectric strength. 

Eventually, if left in service long enough and if the deterioration is not corrected, the 
unit will lose enough of some vitally needed characteristic that it will fail. Any or all of the 
types of failure consequences listed in can result. At some point, the deterioration 
will cause a life-ending failure. 

Deterioration can follow any number of trends, illustrated in Various types 
of physical processes involved create different types of cumulative trends. Some types of 
deterioration accelerate over time, so that the unit’s strength “drops of a cliff’ over a short 
period of years, after many good years of service (trend B in Figure 7.8). This is often the 
case in the breakdown of voltage-withstand strength in some equipment — as it weakens the 
process of deterioration is accelerated. Other characteristics degrade more slowly as 
deterioration takes place (trend A): essentially the rate of deterioration is proportional to the 
amount of the characteristic left. This is the process that applies to the loss of life of 
insulation strength in a transformer. Still other components and materials, such as paint 
wearing off a case and some types of corrosion, deteriorate at an essentially constant rate 
(C). 

In effect, the various components in a transformer or a breaker are in a “deterioration 
race” to be the first failure to end the unit’s life, as illustrated in the There is 
value in keeping this “deterioration race” concept in mind. Often planners or operators 
focus only on a single characteristic (e.g., core insulation strength of a transformer) 
neglecting the other ways the unit could fail (bushings could fail, radiators could rupture, a 
loose core could succumb to a violent through-fault shock). 


Worn-Out Equipment 


It is worth considering that a good design for a complicated unit will invariably include 
deterioration rates for its various components such that all reach failure at about the same 
time. If this doesn’t make sense to the reader, he or she should consider that it would hardly 
make economic sense to put a “300 year” case on a transformer that had a 20-year core. 
Better to take some cost out of the case and apply it to a stronger core and to similarly 
engineer trade among all components until no one component is expected to cause a “pre- 
mature” failure. 

It is not possible to predict failures and deterioration rates so precisely that equipment 
engineers can precisely manage this process. But to the extent it can be engineered, and 
based on experience and feedback over time from utilities interested in cost reduction, 
almost all electrical equipment has had its designs refined in this way. There are no 
particularly weak or rapidly deteriorating parts, and nothing more than needed is spent on 
any parts to the extent they are “unnecessarily strong.” 


* Auto manufacturers have applied this principle well. Most modem cars are designed so that neither 
engine, transmission, suspension, nor any other major component is the weakest link, expected to be 
the source of early or frequent warranty problems. By design, all these components have roughly 
similar service lifetimes, well beyond any warranty period or even the period that most owners really 
expect them to run “trouble-free.” 
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Figure 7.8 Deterioration of a necessary characteristic in an electrical component can follow any of 
several types of trends. Line (A) shows an exponentially decreasing rate of deterioration, (B) an 
exponentially increasing rate of deterioration, and (C) a linear deterioration, typical of certain types of 
corrosion and rot. 
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Figure 7.9 The various subsystems and components in a unit of equipment can be considered to be in 
a “race” to be the cause of eventual failure. A utility can extend the life of equipment and avoid an 
incipient failure by servicing the most-deteriorated components to restore them. Here, dotted lines 
show the effect of servicing two components that tests have determined are nearest to failure among 
six different components of one unit. This service will very likely extend remaining life, but planners 
must bear in mind that the rest of the unit is still “aged” and that it has not been restored to “as new” 
condition. 
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This principle of design has an interesting consequence. Equipment that has deteriorated 
to the point that one significant element of it is near failure may be just about as near failure 
in every other characteristic, too. Simply put, it is worn out. Thus, equipment in which the 
most-deteriorated components need to be serviced or repaired to keep it in service may not 
be worth servicing, simply because some other failure will shortly occur. A unit that has 
been serviced for only the most-critical deterioration problem may be of only limited value 
when looked at from an asset management perspective, and further service work may not be 
cost justifiable. This will be discussed in much more detail in Chapters 8] and 


Damage from External Causes 


Deterioration of materials and equipment is the primary lifetime factor for electrical 
equipment. However, many electrical equipment failures are caused by damage from 
external sources, as opposed to the action of environmental factors (sunlight, wind, rain) or 
electrical usage. Damage can also be caused by through-faults, which can be interpreted as 
either an external or internal cause. 

Regardless, damage tends to be the result of a physical event such as a bullet hitting an 
insulator, a squirrel or bird faulting an insulator, a tree falling on a line, lightning striking a 
line and vaporizing a conductor, the root of a tree growing into a pad-mounted switchbox, 
an automobile hitting a pole. The damage caused by the event may cause any of the types of 
failure covered in Most often, a damage-related failure results in all of 1, 2, and 3 
types of failure. 

Damage is almost always physical, as opposed to material. For example, a pole hit by a 
car may have a chunk knocked out of it, be split up the center, and have attachments near 
the top loosened. A line hit by lightning may have strands literally vaporized or melted 
away. A tree branch falling on a line might twist and weaken a nearby cross arm. By 
contrast, material damage caused by deterioration seldom occurs due to such physical 
events. Rare exceptions do occur and usually involve water as a contributing factor: a Jeak 
permitting water into the oil of a transformer will accelerate deterioration of the insulation. 


All 


Failure threshold 
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Figure 7.10 Here, the mechanical strength of a pole begins to deteriorate on the day it is installed. 
After a number of years in service it is hit by a car, slightly damaging it and reducing its strength 
slightly. Years later it is hit much harder, doing much damage and slightly accelerating its rate of 
deterioration due to rot (a common consequence of damage to a pole). It fails several years later. 
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Table 7.4 Categories of Equipment Aging Impact and Their Meaning 


Category Meaning and Impact 
1. Chronological age (CA) Age since construction. Certain materials deteriorate over time 


due to natural causes most directly associated with chronological 
age (paint chalking and corrosion, hardening of rubber and 
gasket materials, etc.). 


2. Cumulative service stress (CSS) The cumulative effect of the time the unit has been energized or in 
use and the load (mechanical, electrical) it has served in that time. 


3. Abnormal event stress(AES) The cumulative impact of severe events generally not considered 
as “normal service.” This includes through-faults for 
transformers, storm and auto-accident stress for poles, etc. 


4. Technical obsolescence (TO) Digital and data communications equipment, as well as other “hi- 
tech” equipment, can become “too old” by virtue of not being 


compatible with new systems and equipment. 


One vexing problem for power delivery utilities is that equipment damage may not 
result in an immediate failure, but instead exacerbate the deterioration of the equipment, in 
effect greatly shortening its life but remaining undetected. For example, an automobile may 
hit a pole but not actually knock it over or break it. However, the damage may be such that 
the pole will fall in the next storm, or simply succumb to rot years earlier than it otherwise 
would (Figure 7.10}. 

This has a partly positive aspect: the pole did not fall over and cause an interruption 
when the automobile hit the pole. Service was maintained. However, the concern a utility 
has for this situation is two-fold. First, a good deal of such undetected damage may exist 
unless inspection is thorough. Even then it may not detect all or most of it. Failures due to 
such damage tend to occur during storms. The utility may not be notified that the pole was 
hit and should be inspected. Poles, lines, and other equipment that were damaged but not 
destroyed often “come down” all at once, in the next storm, adding to the burden the utility 
faces due to all the failures caused by damage from that storm. 

Damage can be considered as an effect of aging. Time in service creates exposure to 
damage. As a result, damage is an inevitable consequence of equipment being in service. 
Over time it is unavoidable, although its consequences can be minimized and its effects 
mitigated by proper selection of equipment types, materials, and design. 


Categories of Aging and Deterioration 


Table 7.4 summarizes four categories of aging impact on electrical equipment. The first 
three cause deterioration that inevitably leads to failure of one type or another. The fourth 
category, technical obsolescence, should be considered an aging factor in many equipment 
decisions. Spare parts and factory engineering support may not be available for older 
equipment. This leads to higher maintenance costs (the utility may have to produce 
replacement parts in its own machine shop) and poorer operating reliability (a lack of 
factory service support degrades the quality of diagnosis and inspection that a utility can 
obtain for problem equipment), creating a situation very similar to that caused by 
deterioration. 

lists six types of deterioration created by aging and indicates the most typical 
primary (X) and contributing (x) causes from among the four given in Table 7.4. Generally, 
the terms “aged,” old” and “aging” are used to refer to some non-specific combination of all 
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four causes, with the understanding that the equipment is not as useful or dependable as 
similar equipment of lesser age. 


Chronological age 


Certain materials such as paint, paper and fabrics, rubber and synthetic gaskets and seals, 
and insulation deteriorate over time. Time since manufacture alone is the direct cause of 
this type of deterioration. Thus, seals and gaskets begin to harden, and paint to chalk, as 
soon as a transformer or breaker is built, progressing at much the same rate regardless of 
whether the unit is installed and in service or kept in inventory in an equipment yard. A 
creosote pole will dry out and begin the very slow process of chemical breakdown of its 
preservative whether or not it is stored in an equipment yard or put in the ground. It will, 
however, begin to rot at the ground line only after being put in the ground particularly if 
the soil around it is moist and of the right pH. As the pole example in the fast sentence 
illustrates, very often the rate of deterioration over time is exacerbated or mitigated by 
ambient conditions. 

Transformers, poles, and cables stored outside and subjected to summer heat, winter 
cold, direct sunlight, and ambient moisture will deteriorate faster than if kept in sealed, 
temperature-controlled, and dehumidified warehouses. Deterioration due to chronological 
aging can be cut to nearly nothing in some cases if the equipment is keep in a controlled 
environment. Generally, “chronological aging” rates and average lifetimes assume that 
the equipment is installed in typical ambient service conditions (i.e., poles and 
transformers are kept outside whether in service or not). 

In many cases, the deterioration that would occur due to time alone is accelerated by the 
stresses caused by putting the equipment in service. Hardening of gaskets and seals and 
deterioration of paper insulation will occur at a faster rate when a transformer is operating 
(heat generated by electrical losses will accelerate the deterioration processes). 


Table 7.5 Types of Deterioration or Damage Caused by Aging 


Type of Caused By 

Deterioration CA CSS AES TO Comments 

Corrosion MS XX. ok Chemical decomposition, or combination with 
oxygen or other ambient elements, until the 
material loses its required mechanical or 
electrical strengths or qualities. 

Dielectric loss x X Xx Various deterioration mechanisms  (treeing, 
contamination) lead to the loss of electrical 
withstand strength. 

Shrinkage/hardening xX xX Paper, rubber, and synthetic gaskets and seals 
harden and or shrink with age, losing their ability 
to keep out moisture or contain pressure. 

Wear x X Mechanical components lose tolerance and bind, 
or do not hold with the same bond they once did. 

Moisture retention 4 Water is gradually absorbed into a material, 
degrading its mechanical or electric strength. 

Performance compatibility X ~~ Technical obsolescence leads to inability to 


perform to modern levels or to interact well with 
other equipment in the system. 
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In some cases however (i.e., paint chalking and some types of corrosion) the rate of 
deterioration does not depend on whether the unit is in service. And in a few situations, 
putting a unit in service will reduce the rate of chronological deterioration. For example, 
energizing a power transformer being kept for standby service creates a low level of heating 
(due to no-load losses) that “cooks” any moisture build-up out of the unit, slowing that rate 
noticeably. 


Cumulative service stress 


Certain types of deterioration occur only, or primarily, due to the use or operation of the 
unit for its designed purpose, and are proportional to the time or the cumulative level of use 
in service, not chronological time. There are three primary types of processes involved: 


1. Electromagnetic field stress established when a cable or unit of equipment is 
placed in service can lead to degradation of dielectric strength and in some cases 
promote corrosion. Essentially, applying voltage to the device produces a stress 
that will eventually break down insulation and accelerate some chemical 
processes (particularly if the unit is not grounded well or cathodically protected). 
This type of stress depends only on the voltage. It does not depend on the amount 
of current (power) the unit is handling. 

Every unit of electrical equipment — transformer, cable, bell insulator — is 
always designed to withstand a nominal voltage, that which it can withstand 
safely and dependably over a long period of time (decades). But given enough 
time, the electromagnetic stress from that voltage will lead to various types of 
insulation breakdown, which can include treeing, attraction of impurities that 
build flashover paths, etc. Eventually, over a century (post insulators) or only a 
period of several decades (UG cable) the insulation will fail for this reason alone. 

In most cases the deterioration rate due to this cause is very voltage sensitive. 
Raising voltage even slightly will increase stress a good deal. Thus, higher 
voltages due to operating the unit at the high end of its nominal range, or to 
misoperation, switching surges, or lightning, can accelerate this deterioration, 
sometimes quite dramatically. Similarly, lowering the voltage on equipment that 
is suspected of being weak (old cables) to the low end of the permissible scale 
(e.g., 95 PU) can often reduce stress, deterioration, and failure rates significantly. 
And ,of course, voltage that reaches too high a level — above the tolerable range — 
leads to immediate failure. 


2. Wear. Parts that move against one another, in devices such as tap changers, 
capacitor switches, circuit breakers, load break switches, etc., wear. The 
movement gradually erodes material in the moving junction between parts, 
loosening tolerances and often scouring smooth bearing surfaces. Such wear can 
lead to binding of moving parts and failure to operate or operation slower than 
necessary (breakers). 

In addition, “wear” can be applied to a type of deterioration that occurs in 
parts that are not technically moving against one another. The most common 
form of this is in overhead conductors and their associated splices, terminations, 
and support brackets. Conductor “moves” in the sense that it sways in the wind, 
and expands and shrinks, and sags more or less, with temperature (and loading). 
Over decades, this movement can lead to loosening of the bond between clamps 
and conductor, or within splices or termination fittings, and even to cracking of 
the conductor material itself. Eventually something breaks and the line falls. 
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This gradual deterioration is accelerated greatly by aeolian vibration. Wind 
blowing across the conductor sets in motion a resonant vibration, much like 
blowing on a harp string might cause it to hum. This vibration stresses the bonds 
in splices, brackets, and clamps and can fatigue the metal strands of the 
conductor, over a period of only months in extreme cases. Various types of 
vibration dampers are available to fit to conductors to stop such vibration, but 
these are usually fitted only to known or suspected cases of heavy vibration. Most 
overhead spans experience a slight amount of this vibration, and over decades it 
leads to a degradation of mechanical! strength in the conductor and its fittings. 


3. Heat stress. Higher temperatures accelerate many of the physical and chemical 
mechanisms involved in materials deterioration, to the point that heat can be 
considered electrical equipment’s worst enemy. In electrical equipment like 
transformers, regulators, and motors, heat is generated by electrical losses in the 
equipment. The higher temperatures created as a result cause deterioration of 
materials in insulation, gaskets, seals, the transformer oil itself, and in some 
cases, the metal in conductors and/or mechanical components. Similarly heat 
affects all electric equipment, “aging” or ruining the functionality of various 
materials or their components. Parts that should be soft and expanded, so they 
seal well, shrink. Parts that should insulate lose dielectric strength. Metal 
expands, binding and wearing, or at very high temperatures anneals so that it 
becomes brittle and of low strength — essentially a different type of alloy. 

In almost all cases, the rate of deterioration of a component or material is a 
function of the temperature, generally increasing exponentially with temperature 
up tO some maximum-tolerable temperature beyond which the material fails 
immediately. The relationship is exponential — a device might be able to operate 
for decades at 80°C, for several years at 90°C, for a week at 100°C, and for only 
a few hours at 110°C. 

In addition, temperatures that reach certain levels can cause internal physical 
changes in some types of electrical equipment, changes that promote 
misoperation. For example, in a power transformer, extreme heating of the 
windings (due to losses from very high loadings) can cause hot spots on the core 
that are hot enough to create gassing or boiling of the oil. The gas introduced into 
the oi! by the bubbling contaminates the oil’s ability to act as an insulating 
medium, and a “bubble path” can provide a route for flashover, leading to 
immediate and catastrophic failure. 

In mechanical devices such as breakers, load tap changers, and motors, high 
temperatures can cause swelling of mechanical parts, leading to binding (bearing 
tolerances are reduced to the point that the device will not operate) and 
misoperation, and/or high rates of wear. In overhead conductor, high enough 
temperatures (typically caused when losses generate heat sufficient to create a 
100°C rise above ambient) will anneal the conductor material. As a result it 
hardens, becomes brittle, and loses its elasticity and mechanical strength. 
Vibration from wind and the natural expansion of heating and cooling from 
diurnal temperature variations then quickly lead to minute cracking and 
mechanical failure and the conductor breaks and falls to the ground. 

The deterioration caused by high temperature is cumulative — i.e., a period of 
high temperature will cause deterioration that will not be “undone” when 
temperatures fall. A device will suffer gradual deterioration of its components, 
equal to the cumulative stress of high temperature over its service life to date. 
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Since heat (the cause of high temperatures) is due to load (the load current causes 
losses that create the heat), power engineers often associate deterioration rate 
directly with load: higher levels of load lead directly to higher rates of 
deterioration. The term “loss of life” refers to the rate of equipment lifetime loss 
associated with a particular loading (heat and temperature) level for the 
equipment. 


Many of the chronological aging processes discussed earlier are accelerated if the device 
sustains high temperatures for Jong periods of time (as is common for many electrical 
devices). Thus, chronological aging and cumulative service stress is not, in practice, 
completely independent. 


Abnormal event stress 


Over its service life, any particular unit of power system equipment is likely to see a 
number of “events” which lie outside the normal conditions expected in service. These 
include electrical events such as through-faults, switching surges, and lightning strikes 
and/or harsh mechanical events such as automobiles striking the device (i.e., a pole or pad 
mounted device), high ice loadings from freak winter storms that mechanically stress 
overhead conductors, and similar situations. Although these are the inevitable result of a 
long time in service, these events tend to be rare, unpredictable, and are thus treated as 
“abnormal.” 


Auto accidents and storm damage are a prime cause of wood pole and metal 
structure failure, and somewhat unavoidable given that these structures are 
often placed on public easements that parallel roadways. However, most of 
these events are reported (many result in immediate failure of the pole or 
equipment at the top of it) so the utility is at least aware of the event and can 
inspect and repair any damage done. 


Ice loadings are another stressful mechanical factor, but one that is more 
difficult to track. During severe winter weather, ice will accumulate on 
overhead conductors. Given extreme conditions, several inches of ice can 
accumulate, weighing many hundreds of pounds per span. The cumulative 
weight of conductor and ice can exceed the strength of the line, and it will 
part, falling to the ground. However, in the vast majority of winter storms, 
icing does not lead to failure — the weight is tolerated without any damage or 
deterioration. When the ice melts after the storm, the conductor is, if not 
“good as new,” as good as it was before the storm. 

But in between these two situations — outright failure on one hand and 
no damage done on the other — is a narrow range of “damage-done” cases that 
are particularly vexing to utilities. The ice loading on a particular span of 
overhead conductor might reach a level that does not cause immediate failure, 
but is sufficient to stretch the conductor to its elastic limits, or over-stress 
clamps, splices, etc. This leads to accelerated deterioration and failure soon 


> Conductors, particularly those with steel reinforcement (ACSR — Aluminum Clad Stee) Reinforced 
Conductor) are designed to have high mechanical strength to deal with periodic severe ice loadings. 
In some areas of the world (e.g., parts of Saskatchewan) the distribution utility uses an entirely stee] 
wire in its OH distribution, sacrificing the lower resistance of aluminum for the superior ice loading 
capability of pure steel wire. 
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afterward. The utility has no way of knowing if any portion of its overhead 
lines were so affected, and if so, which portions. 


Through-faults are the most stressful event routinely seen by many 
transformers from the standpoint of gradual deterioration leading to failure. A 
device downstream of the transformer experiences a fault, and for a brief time 
until a circuit breaker clears the fault, the transformer sees current flow 
through it that is from three to fifty times normal maximum. Heating caused 
by this high current is usually not the major impacting process — in most cases 
the fauit current lasts but a few cycles and little heat energy is generated. 

Instead, the most common damaging effect of through-faults is the 
magnetic field created by the very high current levels and its shock impact on 
internal components. Transformers (and motors and voltage regulators as 
well) are designed so that the current flow through them causes an intense 
magnetic field — required for their operation. But a through-fault multiplies 
that field strength in direct proportion to its greater current level, creating a 
tremendous magnetic field and compressing or pulling apart nearby 
components, etc. 

The magnetic force from a severe fault can create tremendous force. If 
high enough, this force can literally rip connections lose inside the 
transformer, leading to immediate and perhaps catastrophic failure. But 
typically, in a well-planned power system, fault currents are limited by design 
and operation to levels not so severe that they lead to such problems. Still, the 
mechanical impulse from a “tolerable” through-fault will make a large power 
transformer, weighing many tons, shake and “ring” as if it had been dropped 
several feet and has an overall effect on it similar to such abuse. The 
cumulative impact of a number of such severe shocks over a transformer’s 
lifetime can be a significant loosening of the core stack, and stretching and 
twisting of windings and connections — a general weakening of the 
mechanical integrity of the unit. 

The cumulative impact of through-faults is thought by many power 
equipment experts to be the leading cause of power transformer failure. There 
are recorded cases where transformers (and motors and voltage regulators) 
fail when a through-fault occurs, generally when such faults occur during 
peak loading conditions (when the transformer is already quite hot from high 
loadings and thus under a good deal of stress). Previous events have 
weakened the overall integrity of the unit unti] this one last through-fault is 
sufficient to cause failure. 

However, more often than not, failure does not occur during or 
immediately after a through-fault. Given the probability of occurrence (peak 
loads occur less than 5% of the time, most through-faults happen during off 
peak times or when conditions in the transformer are of low stress level. As a 
result, the unit tolerates the fault, but the damage is done, and the unit 
subsequently fails at some later time — perhaps hours, days, or even weeks 
afterward when it is exposed to peak load stresses. 

Few utilities have dependable, easy to access records on the through-faults 
experienced by major transformers during their lifetimes. As a result, one of 
the most useful records of cumulative stress needed to determine present 
condition is unavailable to engineers and planners trying to deal with aging 
equipment and the estimation of its remaining lifetime. 
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Lightning strikes ate a severe-stress event that often leads to immediate 
failure of a device, almost a certainty in cases where the device is struck 
directly. Lightning is a pure current source, with the current flow being from 
ten to one hundred times the normal fault levels seen in power systems. A 
lightning strike can cause an immense “through-fault-like” failure or lead to a 
voltage flashover that causes other problems. 

Failure modes due to lightning strikes are complex, and not completely 
understood, but failure occurs mainly due to heat. Although very brief, the 
incredible magnitude of the lightning current, often over 500,000 amps, 
creates heat — trees hit by lightning explode because the water in them is 
instantly vaporized. Similar impacts occur in electrical devices. In other cases 
the magnetic shock of high current does the damage. 

There is considerable evidence that a good deal of damage can be done to 
electric equipment by indirect lightning strikes. A lightning strike to the 
ground near a substation can cause high voltages and/or erosion of grounds. A 
strike in the ground may also travel to a nearby UG cable or grounding rod, 
burning it badly. 

Lightning strikes to overhead lines often cause immediate failure, but can 
instead cause a flashover which, due to breaker operation and an interruption, 
leaves no outaged equipment. However, the equipment may be damaged to 
the extent that it will fail in the next few weeks or months. In some utility 
systems, there is a statistically significant increase in service transformer and 
line failures after the annual “lightning season.” 


Abnormal] stress events can occur from time to time in the life of any electrical 
equipment. In some cases, the severity of one event leads to immediate failure, but often it 
is the cumulative impact of numerous events, over years or decades, that gradually weakens 
the device. Sometimes these events cause deterioration similar to that caused by time or 
service, but most often the degradation in capability is different — through-faults loosen 
transformer cores and twist internal fittings in a way that no amount of normal service does. 


Technical obsolescence 


Most types of equipment used in power systems are from “mature” technologies. Although 
progress continues to be made in the design of transformers, breakers, and so forth, these 
devices have existed as commercial equipment for over a century, and the rate of 
improvement in their design and performance is incremental, not revolutionary. As a result, 
such equipment can be installed in a utility system and be expected to “do its job” over its 
physical lifetime — obsolescence by newer equipment is not a significant issue. A forty- 
year-old transformer in good condition may not be quite as efficient, or have as low 
maintenance costs as the best new unit, but the incremental difference is small and not 
nearly enough to justify replacement with a newer unit. However, in most cases, if a unit is 
left in service for a very long time, the issue of spare parts will become significant. Some 
utilities have some circuit breakers that have been in service 50 years or more. Replacement 
parts and fittings are no longer manufactured for the units, and have to be customized in 
machine shops or scavenged from salvaged equipment. 

But a noticeable segment of the equipment used in utility power systems does suffer 
from technical obsolescence. The most often cited cases are digital equipment such as 
computerized control systems, data communications and similar “hi-tech” equipment 
associated with automation and remote monitoring and control. Typically anything of this 
nature is eclipsed in performance within three to five years, often providing a utility with a 
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new level of performance that it may wish to purchase. The older equipment still does its 
job, but is vastly outperformed by newer equipment. Economic evaluation of the benefits of 
the new systems can be done to determine if the improvement in performance justifies 
replacement. Often it does. 

But beyond performance issues alone, there are other factors that mitigate against this 
equipment remaining in service for decades. First, since in some cases spare parts are made 
for this type of equipment for only a decade or so after manufacture, there is no viable 
prospect of leaving the equipment in place for many decades. Second, even if parts are 
available, newer equipment requires different test and maintenance procedures. Qualified 
personnel to make inspections and repairs become more difficult (and expensive) to find. 

While digital equipment used in control and automation is the most obvious case of 
“technical obsolescence,” there is a much more dramatic and significant case that 1s causing 
perhaps the most contentious issue facing the power industry as it moves toward full de- 
regulation. The issue is a stranded asset, and the cause is technical obsolescence of 
generating plants. Many utilities own generating units that are fifteen to twenty years old. 
These units are not fully depreciated — when the units were built, the utilities borrowed 
money to pay the expenses, financed over thirty year periods, and they still owe significant 
amounts on those loans. 

But the technology of generator design has improved considerably since those units 
were built. Newer generators can significantly outperform those older units, producing 
power for as much as a penny/kWh less and requiring less frequent and costly O&M and 
fewer operators. In a de-regulated market, merchant generators can buy these units and can 
compete “unfairly” with the utilities’ older units. Thus, these older units are “stranded” by 
the shift to de-regulation — the utility was promised cost recovery when they were 
purchased, but now faces competition due to technical obsolescence and a drop in the sales 
that were expected to provide revenues to pay off the loans. 

In the T&D arena, technical obsolescence will continue to be an important factor in 
control, automation, and metering areas. In addition, a high rate of technical progress will 
continue to impact power system equipment areas such as distributed generation, power 
electronics/power quality equipment, and home and building automation and control 
systems. 


“Old” depends on the expected or design lifetime 


Electrical equipment can be designed to withstand any degree of deterioration, by building 
it from a higher grade of materials that assures longer life (slowing deterioration rates or in 
some cases giving immunity from deterioration). Heavier material (e.g., thicker paint) can 
be used to allow more deterioration to occur before failure occurs or because harsher 
conditions are expected. Additives can be included in oil to decrease deterioration rate, 
extending service life of oil, etc. This results in a longer expected period of service time. 
But such measures cost money, so ultimately equipment lifetime is somewhat a function 
of cost. In general, most electrical equipment like transformers, breakers, and regulators is 
designed to withstand the chronological, service, and abnormal events associated with about 
“40 years” of service under typical ambient conditions and loading. Overhead conductors 
and their ancillary equipment generally have a lifetime of 60 years or more (the required 
mechanical strength pretty much assures immunity from electrical, thermal, and/or rapid 
deterioration unless abused by very harsh service). Wood poles have a 40-75 year expected 
lifetime, depending on quality and soil conditions. Steel structures typically last up to 100 
years. Underground cable has perhaps the shortest expected lifetime among common types 
of electrical equipment: although lead-covered paper-insulated cable has an expected 
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lifetime of up to 60 years if well cared for, most other types have lifetimes between 20 and 
35 years. 


Lack of proper care can accelerate aging effects 


Lack of proper maintenance or inattention in setup and/or operation can, in some cases, lead 
to excessive deterioration due to secondary impacts (e.g., neglected seals let in moisture 
which leads to dielectric failure). The degree to which neglect leads to premature failure 
depends on the type of device and the extent to which its design depends on periodic 
maintenance. 

Equipment with moving mechanical components tends to be most sensitive, that 
sensitivity proportional to the frequency of mechanical operation. Thus, tap changers and 
voltage regulators are most prone to early failure due to neglect. However, upon failure they 
can often be repaired by performing the maintenance or replacement of parts that has been 
deferred. 

On the other extreme, most service transformers and residential power meters are 
essentially no-maintenance devices — they can be installed and expected to last for a normal 
lifetime without any maintenance. The first attention they get subsequent to installation is 
when they fail to do their job for some reason. At this point they are usually replaced. 
Equipment requiring little or no maintenance generally has only one “service mode”: 
replacement. 

Neglect or stupidity in setup or operation is another matter entirely. A neglected aspect 
of equipment use often leading to rapid deterioration is poor grounding. Equipment may not 
be well grounded when installed, or the quality of the ground might degrade over time due 
to corrosion of clamps, etc. In either case, a weak ground can cause higher than normal 
and/or abnormal currents during “normal operation” accelerating the deterioration caused 
by normal service stresses. More critical yet, poor grounds often exacerbate the impact of 
lightning, switching surges, and through-faults to the point that the stress caused is two to 
five times greater. Failure is nearly assured. 

Other types of poor setup include mismatch of transformer impedance in multi-phase 
banks composed of single-phase units, incorrect settings for regulators, and similar 
inattention to details in equipment utilization. 


7.4 MEASURES TO IMPROVE EQUIPMENT RELIABILITY AND LIFE 


It is impossible to reverse aging, in humans or electrical equipment. Various measures can 
be taken, however, to slow it down, mitigate its effects, or merely predict its effects more 
precisely. All three have value to an electric delivery utility. Slowing deterioration extends 
lifetime and cuts the probability of outage due to deterioration. Mitigating the effects 
reduces the consequences of the failure. Predicting deterioration or failure more accurately 
permits better management of impending failure and consequences in an effective and 
economical manner. This section summarizes the steps a utility can take to reduce the 
likelihood of failure of a key system component. 


Replacement 


Replacement with a new unit is an effective way of reducing the likelihood of failure of an 
older unit. It is expensive when viewed from the capital-expense standpoint: the utility has 
to purchase the replacement unit. However, it may be justifiable when examined on a life- 
time cost basis, and it might actually be the least expensive option in cases where service or 
repair would be expensive or ineffective or the consequences of a failure are extremely 
expensive. 
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One problem caused by replacement of really old equipment is that replacement models 
of original design are no longer available, and the physical size or some other aspect of “fit” 
of all possible replacements may be far different. 

Often newer units are smaller, but this is not always the case. Regardless, the difference 
in size may mean that the unit does not “fit” in some sense. Substations often have to be re- 
designed, with foundations and bus-work rebuild to a different design to accommodate 
replacements for 60-year-old breakers. This increases the cost of replacement and makes 
other alternatives look attractive. 


Retrofitting 


In some cases “kits” exist which essentially “replace the guts” of an aged unit with new 
equipment of vastly improved design and performance. This is called “retrofitting.” As a 
result, often the retrofitted unit is literally “better than new,” although it is important to 
realize that means better than a new unit of its original (usually obsolete) type. For example, 
modules exist to replace the working mechanism of an older oil-filled medium voltage 
circuit breaker with a vacuum-type breaker assembly. The retrofit module is designed to fit 
the existing case, connections, and control plugs exactly. It performs as well or better than 
new and requires less maintenance in the future. A retrofitted unit generally is as reliable as 
anew unit. 


Rebuilding or Refurbishment 


A transformer, breaker, or other complicated electrical unit can usually be rebuilt to the 
point where it is effectively “as good as new.” This involves disassembly and rebuilding 
with all possible worn or deteriorated parts and materials replaced. Often reassembly is 
involved and a major reason the refurbishment makes big improvements. For example, a 
rebuilt transformer may use the material from the original transformer core, ensuring it is 
tightened: after years of usage it was likely to be loose, a liability during a though-fault. 
Similarly, reassembly of some circuit breakers using a “factory” method is more likely to 
result in truly “as new” assembly tolerance than refitting done in the field. 

Usually this type of service can only be done at the factory or a rebuilding/refurbishment 
service center. It is not done “‘on site”: the unit must not only be removed from service but 
shipped to a service center. It is also not substantially less expensive than buying a new unit 
(by this the author means it is likely to be on the order of % the cost of a new unit). 
However, if done well the rebuilt unit has an identical lifetime (or nearly so) as compared to 
a new unit. 


Overhaul 


Overhaul has different meanings at different utilities. However, it is generally considered to 
mean, and the author considers that it means, the most comprehensive service that can be 
done on a unit (other than possible retrofits) while keeping it at its location. Overhaul 
includes replacement of all replaceable deterioratable parts such as gaskets, seals, and 
fittings, and may include replacement of control wiring (insulation ages and cracks). 
Mechanical parts subject to wear are generally replaced or at least inspected for tolerances 
and adjusted if needed. Without exception the unit is completely tested, often with precision 
test equipment (e.g., a breaker’s operation 1s timed, etc.). 

Overhauled units are often as reliable as new units, but will not be as durable. They 
provide reliable service for a few years but they are again “old” much earlier than a new or 
rebuilt unit would be. However, it is worth considering the comments made earlier in this 
chapter under the heading “Worn-Out Equipment.” 
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Major Service and Service 


This can mean anything depending on how a utility defines it and how its operations and 
service crews interpret it. However, usually it means the scheduled partial overhaul of units. 
Not everything included in an overhaul is included. The deleted items may not need to be 
done, or they may have been deleted due to cost. Generally, at utilities trying to reduce cost, 
“major service” or “service” is targeted to include only those items that have lately proven 
to be creating problems for the utility. It tends to reduce the incidence of problems in the 
short term, although it does not reduce it to “like new levels.” 


Inspection and Repair as Required 


A program that calls for inspection of equipment and immediate repair or service only of 
items found needed will improve reliability. Equipment that might fail or malfunction is 
often found before that occurs, and the situation corrected. 

If done well, this often has a more profound effect on reliability than “major service” 
because it generally includes a wider scope of application for the money. “Service” is often 
scheduled for units thought to need it. Inspection often casts a wider net and applies service 
resources to only those that need the repair. Often, “inspection and repair as required” is 
more cost effective than scheduled service based on interval-since-last-service. 


Inspection 


Inspection alone will not improve reliability, but it will improve predictability of failures 
and lifetime and permit better planning for contingencies and replacement budgets. Thus it 
can have a good impact per dollar. Comprehensive inspection, if backed up by a program 
of replacement, repair, overhaul, or service based on its results, lowers costs. 


Condition Assessment 


A detailed evaluation, often involving diagnostic tests along with analysis of results and the 
pattern of the diagnostic evaluations, can be used to evaluate the condition of a transformer, 
breaker, or underground cable. This alone does nothing to improve the reliability or extend 
the life of the unit, in fact, there is some evidence that a few of the “extreme” diagnostic 
tests accelerate some types of deterioration themselves. 

However, condition assessment can be used to improve customer service reliability. It 
identifies incipient failures, often weeks before they would occur. It identifies units which 
are not likely to fail so that resources can be put elsewhere. It improves predictability of 
future operating problems. It permits much better management of resources and reliability. 


Condition monitoring 


“Real time” inspection or diagnosis is often expensive but effective at tracking equipment 
performance and identifying problems before they become serious. This does improve 
reliability, because actions can be taken to both reduce stress (loading, voltage) if it appears 
to be getting the better of the equipment and to take it out of service, avoiding a life-ending 
failure. This also reduces service costs, although generally not enough to justify the cost of 
the monitoring on that basis alone. 


Condition modeling 


Condition assessment data can be used, in conjunction with a computerized model of 
equipment deterioration, loading, operating events, and other factors, to “predict” if and 
when the equipment needs inspection or service or when it might possibly fail. Often this 
“modeling” is fairly simple, merely prioritization of equipment kept in a maintenance and 
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inspection database on the basis of time since last inspection; loading (if a transformer) or 
operations (if a breaker); and (if available) operational data like nearby lightning strikes and 
through-faults. A TLM (Transformer Load Management) program is a good example of a 
widely used model in the industry that nearly always proves very effective in both reducing 
failures and extending equipment lifetimes. 


De-Rating to Preserve Remaining Lifetime 


Since the major modes of deterioration and failure are often heat-related or other service- 
stress created causes, one way to extend the lifetime of any electric equipment containing 
insulated components is to ask it to do less work. The lifetime of transformers, motors, 
regulators, and some other electrical devices is heavily dependent on the temperature at 
which it operates, which in turn is a function of the load it serves. Reducing the load 
reduces the temperature which reduces stress, thus extending life. The relationship between 
loading and deterioration varies depending on equipment type, but this can be quite 
effective at extending life with cables and transformers. Due to the quadratic relationship 
between loading and losses and the exponential relationship between losses and stress, a 
very modest reduction in loading makes a substantial extension of expected lifetime. As a 
rule of thumb, an 8% reduction in loading will double expected lifetime (and an 8% 
increase will halve lifetime). Thus, at the end of 20 years of serving a full 50 MVA peak 
annual load, a “40-year life” transformer would have a further 40 years of expected service 


if applied only to serve 46 MVA of peak demand. 
shows a de-rating curve for a generic power transformer that has an 


expected 40-year lifetime and has already seen various years of service at its full nameplate 
load level. Calculations were actually based on a 138 to 12.47 kV 50 MVA oil-filled 
transformer, serving a typical utility load pattern of 55% annual load factor, using the 
equations 7.1 and 7.3.° When new it needs no de-rating — its expected lifetime is 40 years. 
After 20 years of service against a 50 MVA peak load, it must be de-rated to 46 MVA if 
expected to last another 40 years. If it has served 30 years at 50 MVA peak, it must be de- 
rated to 42 MVA peak load. De-rating both extends the expected insulation lifetime of the 
equipment and reduces its expected failure rate by a similar amount: the two are equivalent. 

Often, de-rating makes sense in a situation. It extends the lifetime (and value) of the 
equipment and it reduces the probability of failure. However, it does not always make 
sense. De-rating also reduces the value the utility is obtaining from the unit — the unit is 
doing less work. In a few cases it can actually make economic sense to increase the load on 
a unit and thus “burn it up” in only a few years. For example, increasing the load of this 
same unit to 58 MVA, after 20 years of 50 MVA service, results in an expected remaining 
service life of only 5 years. But the value provided by serving the higher load, and deferring 
replacement of other additions to the system, may be more than worth the monetary value 
of a 20-year-old transformer. This and similar decisions of usage and economic value 
optimization will be discussed in subsequent chapters. 


® This is a simple and only approximate model based on equations 7.1 and 7.3 covered later in this 
chapter and is meant to illustrate the type of reductions necessary to obtain meaningful extensions of 
lifetime. Equations 7.1 and 7.3 were used to determine what loading level would extend the 
remaining period of the 40-year life to 40 years. For example, at the end of 35 years of service 
against a 50 MVA load, the unit has an expected 5 years left. A load reduction of 22.5%, to 38.5 
MVA, cuts deterioration rate by a factor of eight, increasing the five years remaining to forty years. 
This analysis neglects a number of factors including evidence that a unit that has survived 35 years 
of service is statistically “better than average” and thus probably has more than 5/40 of its remaining 
lifetime life left in it. 
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Figure 7.11 One way of obtaining additional lifetime from a transformer (and other wound devices) 
is to reduce thermal stress on it by de-rating it. See text for details. 


7.5 CONCLUSION AND SUMMARY 


showed the conceptual model of transformer lifetime, which in later chapters 
will be used to model certain aspects of transformer performance and asset management. 
uses this to show several qualitative examples of how changes in one or more 
parameters affects expected service lifetime of electrical equipment. The six illustrated 
examples in Figure 7.12 and important points about each are: 


1. This model represents an electrical unit as suffering from constant deterioration 
of its insulation strength, a background damage likelihood, and a growing 
susceptibility to through-faults and damage causing failure, due to the cumulative 
effect of both damage and through-faults. 


2. Loading affects the calculated lifetime because it reduces deterioration rate. But 
the computed lifetime gained from using a unit at a lower loading may not buy 
many years of actual service. Here, a lower loading results in a deterioration 
curve that now takes 50% longer to reach the original vertical level of point A. 
But extended lifetime means extended exposure to damage and through-faults for 
a (possibly) already susceptible unit. Actual lifetime gain realized may be far 
shorter than calculations indicate. 


3. A harsher fault-duty environment at the transformer’s location means a more 
rapid deterioration. Here, the unit sees larger and/or more frequent through-faults. 


4. A harsher physical environment at the transformer’s location also raises its 
susceptibility This does not normally accelerate the rate of increase in 
susceptibility as does fault-duty harshness, but it raises susceptibility and lowers 
expected life. 
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Figure 7.12 Conceptual model showing changes that affect lifetime. 
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Table 7.6 One-Page Summary of Chapter 7 


Rating of equipment provides a basis for identification and comparison of units, not recommended 
operating or loading limits. The rating is determined by evaluating the unit on a set of standard criteria 
(a standard) that are used to assure uniformity in the ratings. 


Loading is the actual utilization of a unit of equipment in service. 


Lifetime is the time period associated with some specific decline or deterioration of a measurable 
parameter such as material strength, as determined under specific test or rating conditions (a standard). 
It is not a predicted or recommended service lifetime and may not relate in any meaningful way to 
expected lifetime of the unit in service. 


Service lifetime is that actual time that a unit remains in service before failing or wearing to the point 
of having no ability to perform its task and having no value. Service lifetime and “lifetime” with 
respect to any standard often have very little or no correlation. 


A failure means that the unit has ceased to perform its function, whatever that is. The term “life- 
ending failure” is often used for the event or condition that ends the unit’s service life. 


Loading is directly related to expected service lifetime. High utilization of a unit will increase heat 
which will accelerate deterioration and eventual loss of useful remaining life. 


End-of-service-life actually occurs when a unit either fails in a way, or wears to a point, where it is 
no longer repairable or worth repairing. 


There is no firm “rating” above which a wound device like a transformer, motor, or regulator cannot 
be loaded, at least briefly. Higher loadings just accelerate deterioration, but “lifetime” at very high 
loadings may be quite short. By contrast, there are firm limits to the loading that switches, breakers, 
and other equipment which handle current or mechanical stress through moving contacts or parts can 
handle: operation above these limits leads to immediate failure. 


A useful model of equipment lifetime is that a unit has “one lifetime” when new — for example forty 

years times 8760 hours/year equals 350,400 hours of useful life. Actual usage will then “spend” these 

350,400 hours at a rate faster or slower than one hour of life per hour of use, depending on loading, 
other conditions, and character of usage. 


Run-to-failure is the preferred usage plan for most electrical equipment: a transformer, breaker, or 
pole is installed and used until a failure renders it not worth repairing. This “final failure” ends its life. 


Four causes lead to failure of functionality and final fatlure: long-term deterioration of materials, 
long-term deterioration of mechanical surfaces (wear), through-faults, and external damage. Most 
“standards” evaluate a rating and lifetime only on the basis of deterioration alone. 


Deterioration occurs due to heat, from electrical losses, or current leakage, due to voltage stress. 
Both inevitably result from usage of the equipment for its intended purpose. 


Small changes in loading can make large impacts on rated lifetime of some equipment. A 4% 
increase in loading of a transformer minning near its rating maximum temperature may halve its 
expected lifetime. 


The expected service lifetime of any unit can be estimated in a dependable manner based on 
intended loading and information on the physical and electrical environment in which it will operate. 


The expected service lifetime of a unit can be extended through comprehensive service including 
pethaps rebuilding or replacement of parts. Rebuilt units often have much increased expectation of 
remaining lifetime, but seldom have the same expected lifetime as new equipment. 


Lack of proper maintenance or inattention in setup and/or operation can, in some cases, lead to 
excessive deterioration or wear. This may lead to functional or complete service-lifetime-ending 
failure. 

Utilization decisions require juggling loading, expected lifetime, probability of damage, and cost. A 
conservative loading level means deterioration will be slow and the unit could last for decades. But 
that means poor economy of use and long exposure to damage by other causes — through-faults, 
weather, vandalism — which will likely be the cause of eventual end of life. 
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5. A “more robust unit,” reinforced as appropriate (i.e., internally braced for 
stronger through-faults, lightning protected, etc.), will be less susceptible over 
time and thus has a higher expected service life. 


6. Lack of maintenance results in an exponential acceleration of susceptibility to 
failure. Even a unit in “good condition” in the sense that it has not had its internal 
strength “eroded” by many through-faults or years of exposure to weather can go 
bad in only a few years if not cared for properly. 


The single most important point for utility planners and managers to keep in mind is that 
all equipment installed on their electric system will eventually fail. This chapter used 
transformers as an example for a discussion of ratings, lifetime, failures, and methods of 
influencing lifetime. The same basic concepts apply to other electrical equipment, although 
often the specific service-age relationships are different. But qualitatively, all equipment 
has rating-lifetime behavior as discussed here. Key points brought up in this chapter are: 


1. Equipment loading and expected service lifetimes are usually based on a 
standard definition of how to calculate the effect of one on the other. A rated 
capacity is really only the specific load associated with some calculated 
deterioration rate for the equipment. 


2. Failure is caused by deterioration due to age, service, infrequent but stressful 
abnormal events, and damage from external sources. 


3. Most electrical units can tolerate brief periods of high loading, until temperature 
rises, without any undue deterioration. 


4. Due to the efficient design of most equipment, a unit that is near failure from 
one area of deterioration is probably fairly “shot” in other areas, too. 


gives a one-page summary of key points and concepts in this chapter. 
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Equipment Failures and 
System Performance 


8.1 INTRODUCTION 


T&D systems are an interconnection of thousands of building blocks, components arranged 
and interconnected together to form a working power delivery system. When the system 
fails to do its job of delivering power to all of its distributed consumer points, it is usually 
because one or more of these building blocks has failed to fulfill its role in the system. 
Many system performance problems are due to equipment failures. 

covered some of the basics of capacity ratings, expected lifetimes, and failure 
modes associated with individual units of equipment — the components that make up this 
system. une can usefully speak about failure sates and probaLilities only when raerring ic a 
large number of units. This chapter will examine failure as seen in a large population of 
equipment and the impact that varying failure rate or lifetime or other aspects of equipment 
has on its reliable operation as part of the power system. 

Section 8.2 begins with a look at equipment failure rates, aging, and how the two 
interrelate over the large set of equipment in a typical distribution system to influence 
system reliability. Section 8.3 then takes a look at failure rate and the distribution of ages in 
the inventory of equipment actually in service. What does the age distribution of equipment 
over the entire system look like as equipment ages, “dies,” and is replaced by newer 
equipment? How does that effect replacement budgets and failure rates of the whole 
system? What impact do various age-management policies have? Section 8.4 concludes 
with a summary of key points. 


8.2 EQUIPMENT FAILURE RATE INCREASES WITH AGE 


All equipment put into service will eventually fail. All of it. Some equipment will last 
longer than others will, and often these differences in lifetimes will appear to be of a 
random nature. Two apparently identical units, manufactured to the same design from the 
same materials on the same day at the same plant, installed by the same utility crew on the 
same day in what appear to be identical situations, can nonetheless provide very different 
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lifetimes. One might last only 11 years, while the other will still be providing service after 
40 years. Minute differences in materials and construction, along with small differences in 
ambient conditions, in service stress seen by the units, and in the abnormal events 
experienced in service, cumulatively lead to big differences in lifetimes. 

In fact, about the only time one finds a very tight grouping of lifetimes (i.e., all of the 
units in a batch fail at about the same time) is when there is some common manufacturing 
defect or materials problem — a flaw — leading to premature failure. 


Failures, Failure Rates, and Lifetime 


listed four consequences of failure and the allied discussion in made an 
important distinction that a failure does not necessarily mean that a unit has “died,” only 
that it has ceased to do its function. As there, that type of failure will be called a “functional 
failure.” The terms “failure” and “failed” as used here will mean an event that ends the 
useful life of the device. 

Failure rate is the annual rate of failure — the likelihood (if predicting the future) or 
actual record (if analyzing the past) of failure as a portion of population. It is usually 
expressed as a percentage (e.g., 1.25%) and/or applied as a probability (1.25% probability 
of failure). Expected lifetime ~ how long equipment will last in service — and failure rate are 
clearly linked. A set of units expected to last only a short time in service must have a high 
failure rate ~ if they do not fail at a high rate they will last a long time in service and thus 
have a long expected lifetime 

However, expected lifetime and failure rate are not necessarily functionally related. For 
example, a set of units that have an average expected lifetime of twenty years may not 
necessarily have a failure rate of 5% annually. It may be that failure rate for the next 10 
years is only 2%, and that it then rises rapidly near the end of the period. Regardless, as a 
qualitative concept, one can think of failure rate and lifetime as inversely related. If set A of 
equipment has an expected lifetime twice that of set B equipment, then it has a much lower 
failure rate. 


Quantitative Analysis of Equipment Failure Probabilities 


The concepts of failure and expected lifetime can be applied to individual units of 
equipment (Chapter 7). But failure rate really only makes sense when a ‘arge population is 
involved. Application of a failure rate to a specific unit of equipment is appropriate only in 
the context of its being a member of a large set. Although mathematically one can apply 
probabilities to a single unit of equipment to obtain expectations, any real value comes only 
when the information is applied to analyze or manage the entire population. 

shows the classic “bathtub” lifetime failure rate curve. Qualitatively, this is 
representative of equipment failure likelihood as a function of age for just about all types of 
devices, both within the power systems industry and without. The curve shows the relative 
likelihood of failure for a device in each year over a period of time. 

This “bathtub curve” and its application are probabilistic. Curves such as Figure 8.1 
represent the expected failure of devices as a function of age over a large population. This 
curve cannot be applied to any one particular unit. It can only be applied over a large 
population, for which one can predict with near certainty the overall characteristics of 
failure for the group as a whole. Thus, based on Figure 8.1, which has a failure rate of 1.5% 
for year 8, 1.5 out of every 1000 units that have lasted 8 years will fail in that 8" year of 
service. One can also see that among those units that survived 35 years of service, the 
average probability of failure in the next year is .075%, etc. 
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Failure Rate (per year) 


Component Age (years) 


Figure 8.1 The traditional bathtub failure rate curve, with three periods as discussed in the text. 


Figure 8.1 shows three different periods during the device’s lifetime. These are: 


1. Break-in period. Failure rate for equipment is often higher for new 
equipment. Flaws in manufacturing, installation, or application design lead 
to quick failure of the device. 


2. Useful lifetime. Once the break-in period is past, there is a lengthy period 
when the device is performing as designed and failure rate is low, during 
which the design balance of all of its deterioration rates is achieving its 
goal. During this period, for many types of equipment, the failure rates due 
to “natural causes” (deterioration due to chronological aging and service 
stress) may be so low that the major causes of failure for the equipment set 
are damage from abnormal events. 


3. Wear-out period. At some point, the failure rate begins to increase due to the 
cumulative deterioration caused by time, service stress, and abnormal 
events. From this point on failure rate increases with time, reaching the 
high double-digit percentages at some point. 


Often, periodic maintenance, rebuilding or refitting, filtering of oil, etc., can “extend” 
lifetime and lower expected failure rate, as shown in This concept applies 
only to units designed for or conducive to service (i.e., this applies to breakers, perhaps, 
but not overhead conductor). Here, the unit is serviced every ten years or so. Note 
however, that failure rate still increases over time, just at a lower rate of increase, and that 
these periodic rebuilds create their own temporary “infant mortality” increases in failure 
rate. 


Failure Rate Always Increases with Age 


All available data indicate that, inevitably, failure rate increases with age in all types of 
power system equipment. shows operating data on the failure rate of 
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Failure Rate (per year) 


Component Age (years) 


Figure 8.2 A bathtub curve showing the impact of periodic rebuilding and refitting. 


underground equipment for a utility in the northeast United States, which is qualitatively 
similar to the failure performance seen on all equipment in any power system. 


Failure rate escalation characteristics 


Figure 8.3) shows how the rate of increase of failure rate over time for different 
equipment can exhibit different characteristics. In some cases the failure rate increases 
steadily over time (the plot is basically a straight line). In other cases the rate of increase 
increases itself — failure rate grows exponentially with a steadily increasing slope. In yet 
other cases, the rate climbs steeply for awhile and then escalation in failure rate decreases 
— a so-called “S” shaped curve. Regardless, the key factor is that over time, failure rate 
always increases. 

There are cases where failure rate does not increase over time, where it is constant 
with time (it just does not increase with age) or where it may actually go down over time. 
But these rare situations are seen only in other industries and with equipment far different 
than power system equipment. All electrical equipment sees sufficient deterioration with 
time and service that failure rate is strictly increasing over time. 


Eventually the failure rates become quite high 


Figure 8.3 is actual data representing a large population in an actual and very 
representative electric utility. Note that the failure rates for all three types of equipment 
shown eventually reach values that indicate failure within 5 years is likely (rates in the 
15-20% range). In some cases failure rates reach very high Jevels (80%). Failure in the 
next year or so is almost a certainty. To power system engineers and managers who have 
not studied failure data, these values seem startlingly high. However, these are typical for 
power system equipment — failure rates do reach values of 15%, 25%, and eventually 
80%. But these dramatically high values are not significant in practice, as will be 
discussed below, because few units “live” long enough to become that old. What really 
impacts a utility is the long period at the end of useful lifetime and beginning of wear-out 
period when failure rate rises to two to five times normal (useful lifetime) rates. 
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Figure 8.3 Data on failure rates as a function of age for various types of underground equipment 
in a utility system in the northeastern US. Equipment age in this case means “time in service.” 
Equipment of different voltage classes can have radically different failure characteristics, but in all 
cases failure rate increases with age. 
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Predicting Time to Failure 
High failure rate and uncertainty make for a costly combination 


As a conceptual learning exercise, it is worth considering how valuable exact knowledge of 
when any particular device would fail would be to a power delivery utility. Suppose that it 
were known with certainty that a particular device would fail at 3:13 PM on July a 
Replacement could be scheduled in a low-cost, low-impact-on-consumers manner just prior 
to that date. There would be no unscheduled outage and no unanticipated costs involved: 
impact on both customer service quality and utility costs could be minimized. 

It is the uncertainty in the failure times of power system equipment that creates the high 
costs, contributes to service quality problems, and makes management of equipment failure 
so challenging. The magnitude of this problem increases as the equipment ages because the 
failure rates increase: there are more “unpredictable” failures occurring. The utility has a 
larger problem to manage. 


Failure time prediction: an inexact science 


With present technologies, it does not seem possible to predict time-to-failure of an 
individual equipment unit exactly, except in cases of expensive real-time monitoring such 
as for power transformer DGA systems. In fact, capability in failure prediction for 
equipment is about the same as it is for human beings. The following statements apply just 
about as well to people as to electrical equipment: 


1. Time-to-failure can be predicted accurately only over a large population (set of 
units). Children born in 2003 in the United States have an expected lifetime of 77 
years, with a standard deviation of 11 years. Similarly, service transformers put 
into service in year 2003 at a particular utility have an average expected lifetime 
of 53 years with a standard deviation of 9 years. 


2. Assessment based on time-in-service can be done, but still leads to information 
that is accurate only when applied to a large population. Thus, medical 
demographers can determine that people who have reached age 50 in year 2003 
have an expected average 31 years of life remaining. Similarly, statistical 
analysis of power transformers in a system can establish that, for example, those 
that have survived 30 years in service have an average 16 years of service life 
remaining. 


3. Condition assessment can identify different expectations based on past or existing 
service conditions, but again this is only accurate for a large population. Smokers 
who have reached age 50 have only a remaining 22 years of expected lifetime, 
not 31. Power transformers that have seen 30 years service in high-lightning 
areas have an average of only 11 years service life remaining, not 16. 


4. Tests can narrow but not eliminate uncertainty in failure prediction of individual 
units. All the medical testing in the world cannot predict with certainty the time 
of death of an apparently healthy human being, although it can identify flaws that 
might indicate a high likelihood for failure. Similarly, testing of a power 
transformer will identify if it has a “fatal” flaw in it. But if a human being or a 
power system unit gets a “good bill of health,” it really means that there is no 
clue to when the unit will fail, except that it is unlikely to be soon. 


5. Time to failure of an individual unit is only easy to predict when failure is 
imminent. In cases where failure is due to “natural causes” (1.e., not due to 
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abnormal events such as being in an auto accident or being hit by lightning), 
failure can be predicted only a short time prior to failure. At this point, failure is 
almost certain to be due to advanced stages of detectable deterioration in some 
key component. Thus, when rich Uncle Jacob was in his 60s and apparently 
healthy, neither his relatives nor his doctors knew whether it would be another 
two years or two decades before he died and his will was probated. Now that he 
lies on his deathbed with a detectable bad heart, failure within a matter of days 
is nearly certain. (The relatives gather.) 

Similarly, in the week or two leading up to catastrophic failure, a power 
transformer usually will give detectable signs of impending failure: an 
identifiable acoustic signature will develop, internal gassing will be high, and 
perhaps detectable changes in leakage current will be present, etc. But a lack of 
those signs does not indicate certainty of any long period before failure. 


6. Failure prediction and mitigation thus depend on periodic testing as units get 
older. Given the above facts, the only way to manage failure is to test older units 
more often than younger units. Men over 50 years of age are urged to have 
annual physical exams in order that possible system problems are detected early 
enough to treat. Old power transformers have to be inspected periodically in 
order to detect signs of impending failure in time to repair them. © 


7. Most electrical equipment gives some diagnosable sign of impending failure. 
Temperature rise, changes in sound volume or frequency, leakage current, 
changes in power factor — something — nearly always provides a factor which, if 
noted, indicates failure is very near. 


Table 8.1 summarizes the key points about failure time prediction. 


Table 8.1 Realities of Power System Equipment Lifetime Prediction 


1. Time to failure can be predicted accurately only over large populations and in 
a probabilistic manner. 


2. Past and present service conditions can be used to narrow the expected 
uncertainty range, but “deterministic” models of remaining lifetime are 
unrealistic and unreliable. 


3. Testing provides accurate “time to failure” information only when it reveals 
flaws that mean “failure in the near future is nearly certain.” 


4. Test data that reveal no problems do not mean the unit has a long lifetime 
ahead of it. At most, they mean there is little likelihood of failure in the near 
term, nothing more. At worst, the results mean only that the tests did not find 
flaws that will lead to failure. 


5. Periodic testing and inspection is the only way to assure accurate prediction of 
time to failure. 


6. “Good” test scores have no long-term meaning. All they mean is that the unit 
is currently in good condition and unlikely to fail soon. 


7. Testing needs to be done more often as a unit gets older. 
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8.3 A LOOK AT FAILURE AND AGE IN A UTILITY SYSTEM 


This section will examine the effects of failure rate escalation, high failure rates, and 
various replacement policies on the average age and the average failure rate of a large 
population of equipment in utility service. This is done by using a computerized program, 
Transformer Population Demographics Simulator, written by the author. It computes 
failures and lifetimes, and can simulate replacement policies for large sets of transformers. 
The example cases given below designed to illustrate key points about the relationship 
between failure rates, how many units are left, and how many must be replaced. Often the 
results are interesting and counter-intuitive. For example, the extremely high failure rates 
that an escalating trend eventually reaches (perhaps as high as 50% annually, see 
are real, but of little concern to a utility. The reason: few units get to be that age — the 
vast majority fail long before they are that old. 

A large electric utility may have 100,000 or more service transformers in the field and 
over a thousand power transformers in operation on its system. Every year all of those units 
age. Some fail and are replaced by newer units. The population’s average age may increase 
or decrease, depending on how many failed and at what ages. The “demographics” of this 
population depend on the failure rates and the failure rate escalation curve for the 
equipment. 


Example 1: A Typical Failure Rate Escalation and Its 
impact on the Installed Equipment Base 


Fig 4| illustrates a very simple example that will begin this section’s quantitative 
examination of failure, installed base characteristics, and overall impact on the utility. In 
this example, the group of 100,000 service transformers is installed in one year, a rather 
unrealistic assumption but one that has no impact on the conclusions that this example will 
draw. 

As a group, this set of 100,000 units has the statistical failure rate characteristic shown 
in the top part of Figure 8.4. That plot gives the probability that an operating unit of any 
particular age will fail in the next 12 months of service. In this case there is no high break- 
in-period failure rate. The base rate during normal lifetime begins at 1.5% per year, rising to 
2.5% by year 24, 6.6% by year 30, and to 9% annually by age 40. This curve is based upon 
actual service transformer failure rate curves (see bottom of Figure 8.3). 

The bottom diagram in Figure 8.4 shows, as a function of age, the percent of the 
100,000 units installed in year zero that can be expected to remain in service each year, as 
units fail according to the expectation defined by the top curve. In year 1, 1.5% of the units 
fail, meaning 99% are in service at the beginning of year two. At the end of a decade, 85% 
are still in service. The failure rate is initially 1.5%, increasing slightly above that value 
each year. Despite this rise, only 15% of the units (ten times 1.5%) fail in the first decade. 
The reason is that the number of units left to fail decreases each year — there are only 
98,500 units left at the end of the first year, etc., so 1.5% is not exactly 1,500 in the second 
year. The number of actual failures decreases slightly each year for the first decade, to a low 
of only 1,440 failures in year ten, because the number of units remaining to fail drops faster 
than the failure rate increases. 

At the end of 20 years, 71% of the units remain, and at the end of thirty, only 53% 
remain. The 50% mark is reached at 32 years. By the end of year 50, failure rate has 
escalated to more than 15%, but only a paltry 10.3% of the units remain. Only 500 (.7%) 
make it to year 60. Less than two are expected to be in service by year 70, when failure rate 
has escalated to 50%. The average unit ends up providing 43.8 years of service before 
failure. 
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Failures in intermediate years are the real 
cause of this system’s reliability problems 


As Figure 8.4 shows, every year, as the units in this example grow older, their failure rate 
increases. But every year, because many have already failed in previous years, there are 
fewer units remaining to potentially fail in the next year. In this example, the number of 
units that can be expected to fail in any year is the failure rate for that age times the number 
remaining in that year. When does that value reach a maximum? 

The left side of answers this question. That plot is the year-by-year product 
of failure rate (left side of Figure 8.4) times the number of units remaining (right side of 
Figure 8.5). As mentioned earlier, the failure rate is initially only 1.5% and it does not 
increase much in the first few years. Thus, the number of units actually failing each year 
drops slightly during the first decade as the product (failure rate x number of units 
remaining) decreases slightly from year to year. But then, at about ten years, the annual 
number of failures begins to rise. At this point, failure rate is increasing at a rate faster than 
the number of remaining units is decreasing (i.e., the annual increase in the failure rate is 
greater than the failure rate itself). 

The number of units actually failing each year peaks in year (age) 44, with 2,576 
expected failures. Thereafter, even though the failure rate keeps increasing every year, the 
number of failures actually occurring decreases, because there are fewer and fewer units left 
each year, so that the net number of failures (failure rate times number of units left) 
decreases from there on. From here on, the annual increase in the failure rate is not greater 
than the failure rate itself. 

Thus, the very high failure rates that develop after five or six decades of service make 
little real impact on the utility’s quality of service. Units that are 70 years old have a 50 
percent likelihood of failing in the next year, but as shown earlier, there are only two units 
out of every 100,000 that make it to that age — essentially an anomaly in the system. 
Instead, the high impact failure levels that plague a utility are caused by transformers of 
intermediate age. 


1.00 oo 
cy £ 
3 £ 
ao 
= E 7 
i) © 
2 10 g 
2 5 
: > 
3 = 
r ec 
= 8 25 
Ss ® 
z 01 a. 
Cc 
= i) 
10 20 30 40 50 60 70 0 10 20 30 40 50 60 70 
Time - Years Time - Years 


Figure 8.4 Left, failure rates as a function of age for a group of 100,000 service transformers. Right, 
the percent remaining from the original group as a function of time if they fail at the failure rates 
shown at the left as they age. After twenty years, 60% remain, but after fifty years only 12.5% are still 
in service, and after 70 years, only 2 of the original 100,000 are expected to still be in service. 
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Figure 8.5 Left, number of failures occurring each year in Example 1’s population that orginally 
numbered 100,000 units. The maximum is 2,576, in year 44, when the combination of escalating 
failure rate and number of remaining units peaks. More than half the failures occur in the range 
between 20 and 45 years in service. Right, a generalized result applicable to any population made up 
of these units no matter how many and regardless of when they were installed. This curve is the 
distribution of failure likelihood for one of these units, as a function of service age. It gives the 
probability that a unit of this type will fail at a certain age. The area under this curve (including a small 
portion of it beyond 70 years that is not shown) is 100%. 


Failure-Count Diagrams 


The right side of Figure 8.5 shows this same failure-count diagram with the scale changed 
from a base of 100,000 units to just one unit. This diagram is basically a probability 
distribution of when a unit can be expected to fail. The difference between this diagram and 
a failure rate diagram (left side of is that the failure rate curve gives the 
probability of failure for a unit as a function of its age, n, assuming it has lasted the 
previous n-I years. The diagram shown at the right of Figure 8.5 gives the likelihood of 
failure in year n taking into account that the unit may not have lasted to year n. To 
distinguish this curve from failure rate curves like that shown in Figure 8.4, it wil! be called 
a failure count curve, even if scaled as it is in Figure 8.5 to a percentage basis. 

This is an interesting and very useful diagram, because it applies to any population 
made up of this same type of transformer. The curve gives, in relative terms, how much 
transformers of a particular age contribute to an installed base’s failure rate. For any 
population of this type of unit, no matter what the mix of ages — some installed last year, 
some installed long ago — it is still those units that have reached 44 years of service that 
contribute most to the system’s problems. Units older than that fail with a higher likelihood 
(left side of Figure 8.4) but there are too few to generate as high a total count. 

Information like Figure 8.5, when developed for a specific situation (this diagram is for 
only one particular transformer type as applied at one specific utility), is the foundation for 
studies of proposed inspection, service, and replacement policies as well as various asset 
management strategies. Application to strategic and tactical planning of that type will be 
discussed later in this chapter. 


Example 2: A More “Real World” Case 


The preceding example provided useful insight into equipment failure characteristics, and 
led to the failure count contribution curve (Figure 8.5), a very useful analytical tool. But to 
see the full implications of failure rate escalation on a utility and understand how certain 
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replacement policies might reduce failure count, it is necessary to sacrifice Example 1’s 
simplicity for more realism. Specifically, one needs to look at a situation where failed units 
are replaced, which is the fact of life in the “real world.” Thus, Example 2 builds on 
Example 1, using the same type of service transformers. It: 


1. Assumes, as before, 100,000 units are installed in year 0. 
2. Assumes a period of 70 years. 


3. But assumes that failed units are replaced immediately with new 
ones, keeping the overall count at 100,000. 


4. And also assumes these replacement units follow the same failure 
rate curve as the original units. 


5. Looks at the entire population of transformers that results from 
these assumptions, at the end of 70 years. 


This is a more realistic example, as it represents what a utility has to do — keep the same 
number of units in service, replacing failed units when they fail.’ It is still not completely 
realistic because of the initial “build” of 100,000 units in year zero, but for the moment that 
is not an issue. The important point in the overall equipment base and its interaction with 
failures in this example is that replacement units can fail, too. 

What does this installed equipment base look like with respect to age distribution of 
units in service, average failure rate, and failure count? shows the distribution 
of ages of the 100,000 units in the system after 70 years. As in Example 1, in year 1 (the 
first year) 1,500 units failed, but here they were replaced with new units, which are a 
year newer, thus at the end of the 70-year period, those “first year” replacements that 
have survived are now 69 years old. But those 1,500 units did not all survive. They failed 
with the same characteristic trend as the original set, meaning that 1.5%, or 22, failed in 
their first year of service and were replaced in year 2. Their replacements are now 68 
years old, assuming they lasted and did not fail in some interim year. 

Furthermore, in year 2, 1,478 of the original 100,000 units failed (1.5% of the 98,500 
Original units remaining after year 1). Thus, a total of 1,500 replacement units were 
installed in year 2 (1,478 + 22). Those replacements began to fail along the same trend as 
the original units. Thus, in year 3 there were failures of units that had been installed in 
years 0, 1, and 2, etc. 

Eventually, as the population ages and its average failure rate rises, the utility sees the 
annual replacement rate over the entire population rising to about 3,000 units a year, and 
it finds itself replacing units of all ages. And the net result, when all of these 
replacements and replacements for replacements, etc., are added up, is that the utility had 
to install about 60,000 additional replacement units during the 70 year period. More than 
half of the original units failed. And following the failure count contributions of 
most of those that failed were “middle aged transformers” — those in the 15- to 45- 
year-old range. 


' The fact that this example assumes the system is created from scratch in year zero makes no impact 
on the results given here. As shown earlier, by year 70 only 2 of the original units are left. The 
population consists of units that have been replaced and in some cases failed and replaced again. As 
a result after 70 years there is only an insignificant “start effect” involved in the data — the model’s 
results in year 70 represent a fairly stable look at what year-to-year operation for the utility would be 
with respect to service transformers. 
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Figure 8.6 Distribution of ages of units in the Example 2 system, 100,000 units that have been 
replaced as they failed over the last 70 years. 


A key point: the failure contribution curve from Example 1 (Figure 8.5) applies to this 
example as well. Again, as stated earlier, that curve applies to all populations made up of 
this same type of unit. Readers who are uncertain of this should stop and reflect on this 
fact before moving on. For any such population, this curve is a representation of the 
relative contribution to failures of units as a function of their age. Thus, the failure 
contribution curve is a very important tool in managing reliability and replacement 
policies. It will be discussed in detail later in this section.” 

Figure 8.6 shows the resulting equipment base’s distribution of transformer ages, after 
70 years for this example. It has nearly an even distribution of transformers from age 0 
(new) to 30 years of age. At about 35 years of age the count takes a rapid plunge — this is 
the period (starting at about 35 vears in service) during which the bulk of failure counts 
occur (see Figure 8.5), and thus the age when a good deal of replacements had to be made. 

In this system, at the end of 70 years, the average unit in service is 22 years old. 
However, due to the escalation of failure rates as units age, those older than the average 
contribute a good deal more to the average failure rate. The entire population has an 
average failure rate of 3.15%, or more than twice that of new units. That figure corresponds 
to the failure rate of a unit that is 29 years old (see top). Thus, while the average 
age of this population is 22 years old, its failure rate is equal to that of a population made 
up of 29-year-old units. 


Other Example Cases 


The author ran a number of other cases, increasing realistic representations of actual utility 
operations, through the simulation. However, no outstanding additional conclusions useful 
for managing transformer failures and lifetime (as will be discussed in the next section) are 
revealed. Conclusions of these studies and the cases studied were: 


* Figure 8.5 can also be interpreted as giving the relative age of units when they are replaced by the 
utility over the course of its annual O&M in each year. 
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Case 3: A simulation that has the transformers being added gradually, rather than 
all in one year, results in a population little different than shown in 
That plot is fairly representative despite that “all in one year” scenario. Any “end 
effect” of modeling all the units as starting in one year is worked out of the model 
by the end of any simulated period longer than 50 years. 


Case 4: Growth of the population was modeled in several cases, where the utility 
had to expand the number of transformers each year by an amount that varied 
from 1 to 3% annually. shows the types of changes that result from 
applying an annual growth rate to the population. Of course, the total number of 
units is greater than 100,000 in these scenarios. These populations become 
somewhat “younger” and there is a sloped rather than a flat distribution of age 
over the 0- to 30-year-old period. 


Case 5: A period of high growth, lasting ten years with a growth rate of 5%, was 
modeled as having occurred in the past. The result is a “bulge” in the age 
distribution around the time (years in the past) of that growth period, as shown in 
In cases where the growth spurt occurred about 30-40 years ago, this 
large population of “now failing units” (see results in a relatively high 
failure rate for the entire population. Where it occurred more than 50 years ago, 
the impact is minimal — most of the units added then have failed since then. 


Replacement Policy Analysis 


Suppose this utility decided to replace all units as they reach fifty years of age, even if they 
appear to be in good condition. Looking at the data for Case 2 (Figure 8.6), it would have to 
replace only about 75 units annually — not a tremendous cost, particularly considering the 
units will have to be replaced pretty soon anyway (they will most likely fail in a few years 
at that age). However, the impact on the overall failure rate would be insignificant, making 
no real difference in the average age or failure rates for the total population. The real 
contributor to the system’s annual failure count comes from units that are aged 25 to 45 
years, because there are so many of them. Replacement at age 50 gets to the units after too 
many have failed. 

Replacement of units at age 40 has a far different effect. First, nearly 1,000 units a 
year have to be replaced, so the annual cost is roughly 12 times that of a 50-year 
replacement policy. But a noticeable portion of the system’s unexpected failure rate is 
avoided. The average failure rate drops to 2.6% (from 3.1%), a reduction in unexpected 
failures of nearly 20%, wrought by replacement on only 1% of the units in the system 
annually. Average age of a unit under this policy falls from 22 years given earlier to less 
than 18 years. The population’s average failure rate of 2.6% under this policy is 
equivalent to the failure rate of a 25-year-old unit. 


Thus, run-to-failure usually makes economic sense 


Whether a replacement policy makes economic sense or not is something for 
management to weigh in its evaluation of how best to spend the (always-limited) monies 
it has for system improvements. The marginal cost of replacement can be weighed 
against the marginal gain in reliability obtained, as well as compared against the marginal 
cost of similar reliability gains available through other avenues. What is most important 
in the foregoing examples is that the analytical results of a rather simple analysis of age, 
failures, and remaining units can provide the type of tool needed to support such 
decision-making. 
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Figure 8.7 Distribution of ages of units in examples that included annual growth of the utlity (and 
thus its population of transformers). 
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Figure 8.8 A period of high growth, here a 5% annual addition of units for ten years, results in a 
“bulge” in the age distribution around the time of the growth spurt that lasts about 40 years, failures 
gradually working it out of the population. All cases shown here assume replacement of units as they 
fail. Note that the 5% for 10-year growth results in a greater area under the curve. The shape of the 
base and 50-60 year ago curves are nearly identical. 
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Table 8.2. Key Points from Chapter 8 
All equipment will eventually fail unless replaced while still having some useful lifetime left. 


Failure rate increases with age: excepting a brief “infant mortality rate” when new, failure 
rate is monotonically increasing over time. 


The average failure rate of equipment in any population will be greater than the failure rate 
for equipment that is the age of the average age of the population. 


Different modes or types of failures affect most equipment: a transformer can fail due to 
core, winding, bushing, or case failures. One can view deterioration in each of these areas as 
being in a kind of “race” to see where failure occurs first. 


A unit that is “worn out” in one failure mode area is probably near failure in other 
modes, too. Sound, common sense design principles result in equipment in which all modes 
reach failure at about the same time: core, windings, bushings all are designed with similar 
service lives. 


The very high failure rates of really old equipment actually make little impact on a utility’s 
service reliability, because there are very few such units left. 


The slightly-higher failure rates of forty-year-old equipment typically create the greatest 
reliability problem for a utility. The bulk of failures come not from very old equipment but 
from “middle aged” equipment. There, failure rate times number of units of this age left in 
service is usually the highest. 


The bathtub curve model of failure likelihood, or a modified version of it, is useful in almost 
all situations involving anticipation and management of equipment failure. 


Time-to-failure can be predicted accurately only by using probablistic methods applied over 
large populations and in an expectation-of-failure manner. 


Uncertainty about remaining lifetime (time to failure) is the real factor shaping both poor 
service quality and increased utility costs. 


Past and present service conditions can be used to narrow the expected uncertainty range, 
but “deterministic” models of remaining lifetime for individual units are unrealistic and 
unreliable. 


Testing and condition assessment provide accurate “time to failure” information only when 
they reveal flaws that in essence mean “This unit is very likely to fail in the near future.” 


Good test results and assessed condition have no long-term meaning. They mean only that 
the unit is currently in good condition and unlikely to fail in the near future. 


Periodic testing and inspection is the only way to assure accurate prediction of time to 
failure. 

Inspection and testing needs to be done more often as a unit gets older. 

Replacement policy analysis is a rather straightforward way to combine age, failures, test 


results, and other data to determine if and how units should be replaced rather than left in 
service. 


Early replacement policy can be optimized to determine if and how equipment should be 
replaced at some specific age (e.g., 40 years) or condition (e.g., meets IEEE category 4 for 
transformers). 


Run to failure is still the best cost-justifiable policy for most electric utilities and most 
equipment, in spite of the “costs” associated with failures. 
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8.4 CONCLUSION AND SUMMARY 


All equipment installed in an electric system will eventually fail and need to be replaced. It 
is mostly the uncertainty associated with failure that creates poor service quality and raises 
utility costs: if a utility could accurately predict failure, it could use all the lifetime available 
in its equipment but still avoid service interruptions due to failing equipment. Inspection, 
testing, and condition modeling can reduce uncertainty but not eliminate it or even produce 
meaningful results on a single-unit “deterministic” basis. Early replacement policies can be 
worked out for equipment, but usually “run to failure” is the most economical approach. 


able 8.2] gives a one-page summary of key points made in this chapter. 
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Load Reach and 
Volt-VAR Engineering 


9.1 INTRODUCTION 


This chapter reviews voltage behavior on distribution systems and voltage planning and 
engineering concepts. Many distribution planners view voltage, along with loading, as the 
factor they must engineer in laying out and designing an acceptable distribution system. 
In both cases, voltage and loading, planners often come to view that their job is to see 
that planned levels of each are well within requirements. 

Certainly, voltage must be kept within standards. It is a key aspect of deliverable 
service quality. The voltage provided to each customer must lie in that narrow range as 
specified by the utility’s standards, which in the United States normally correspond to 
something close to Range A of ANSI standard C84.1-1989, which lists 126 to 110 volts 
as the acceptable range for utilization voltage and 126 to 114 volts as the acceptable 
range for service voltage.’ In addition, vo'tage must be kept within proper range on the 
system, too, otherwise electrical equipment will not operate properly or have long, 
trouble-free service lifetimes. 


Voltage Is a Resource to Be Used Well 


But there is much more to voltage engineering than merely keeping voltage within the 
specified range for delivery. Voltage is what moves power through a distribution system, 
and voltage drop is the inevitable and unavoidable result of distributing power. A planner 
can reduce voltage drop through any of many means covered in this chapter, but all cost 
money, and many add complexity and additional cost to future operation of the system. 
Therefore, voltage, and particularly voltage drop, is best viewed as a resource that 
planners can use to move power through a radial distribution system, something to be 
husbanded and used to optimal purpose in the layout and execution of a power delivery 
plan. A planner who uses voltage drop well and who, most important of all, uses all of the 


’ Range A (105% to 95% of nominal) specifies the limits under which most operating conditions 
occur. Range B (105.8% to 91.7%, or 127 to 110 volts at the service entrance to 86.7% or 106 volts 
minimum for utilization) applies to certain temporary or infrequent operating conditions. 


283 


Copyright © 2004 by Marcel Dekker, Inc. 


284 Chapter 9 


voltage range available will repeatedly outperform the planner who does not in terms of 
creating workable feeder designs that meet all criteria and have low cost. 

Failure to use all of the voltage range available is perhaps the most widespread “poor 
practice” in the power delivery industry. If applicable voltage standards permit planners a 
full 10% voltage drop (e.g., from 126 to 114 volts on a 120 volt scale), then that full 
range should be used before money is spent to reduce voltage drop. But many utility 
planners spend money to cut peak voltage drop to 8% or even 7%, convincing themselves 
that they are doing a better job by providing improved voltage performance. Those 
expenses aren’t necessary. 

But further, many planners simply fail to treat and engineer voltage drop as a limited 
resource, something that must not only be kept within a limit, but also used well. Just 
how planners at a utility decide to use the 10% voltage drop available to them has a lot to 
do with how inexpensive the plan will be, how well it will perform, and how easy and 
inexpensive it will be to upgrade it in the future. 

This chapter looks at volt-VAR behavior on distribution systems from the dual 
perspective of voltage as a deliverable quality that must meet standards and of voltage as 
a resource which the artful planner can use well to minimize cost. It assumes the reader 
has an understanding of basic electrical engineering and power systems concepts with 
respect to voltage, current, and power factor on a distribution system and the ways to 
compute them. Numerous texts cover these basics. Perhaps the best treatment of power 
flow, voltage, and loading computations specifically for power distribution systems is in 
Kersting and Grigsby (2001). 

Section 9.2 begins this chapter with a look at the character of voltage and voltage drop 
on typical distribution systems. This provides some insight into the situations normally 
faced by distribution planners in attempting to optimize design. Section 9.3 then introduces 
the concept of load reach and its use to assure optimum use of voltage and distance 
capability in a distribution system. Power factor and volt-VAR control and correction 
through the use of shunt capacitors are covered in somewhat more detail in section 9.4. 
Section 9.5 is a brief discussion of the similarity between using DG (distributed generation) 
for voltage support and shunt capacitors for VAR support in a distribution network. Key 
points are summarized and highlighted in section 9.6. Some of the concepts introduced in 
this chapter wil! aot be fully de~cicped or given in examples until later, in{Chapters 11 


9.2 VOLTAGE BEHAVIOR ON A DISTRIBUTION SYSTEM 


In a radial or loop power delivery system, electrical power flows out and “down” from “he 
source (substation) to the consumers (load). Although phase angle is a big factor in 
movement of power, as is described in any text on power flow, on a distribution system 
phase is normally not a major factor, and voltage alone is viewed as associated with power 
flow. By contrast, in a true network voltage situation, such as the planning of a high voltage 
transmission grid, voltage phase-angle differences among parts of the system are a big part 
of the “power flow problem.” In a radial or loop distribution system, phase angle (of the 
voltage) does to some extent shift in relation to the decrease in voltage along a feeder, but 
voltage phase differences between locations on a radial or loop feeder are not important to 
most planning applications. There are exceptions, of course, and planners should stay alert 
to phase during studies of switching feasibility.’ 


? Large phase-angle differences across an open tie point indicate large tie currents and a possible 
inability to open the switch, if closed, due to a current exceeding the switch rating. In fact, a point 
distribution engineers and operators often forget is that 30% phase shifts occur due to different 
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Figure 9.1 Profile of voltage on a 12.47 kV (p-p) distribution feeder for a system in the central United 
States. This particular display is given in actual phase to ground voltage (vertical scale) and distance in 
miles out one particular pathway. It shows all three phases individually (here as solid, dashed, and 
dotted lines, but more typically as different colors). Small numbers at points on the display refer to 
node numbers in the system being analyzed. 


Generally, except for the actions of voltage control devices like regulators placed on the 
system at key points, voltage decreases with distance away from the source (the substation) 
as well as with the amount of power moved. In any satisfactory system, this decrease is 
relatively small, never more than eight to ten percent of the total voltage under normal 
conditions. 

Voltage on a feeder is often depicted using a voltage profile of voltage at points along 
the circuit, as shown in Figures 9.1 and The profile in Figure 9.1 shows a number of 
features typical of distribution feeder circuit voltage profiles. First, this profile follows the 
voltage from the substation out one particular pathway or the feeder — one specific set of 
branches. Here, voltage is constrained by high and low limits (shown) that are associated 
with both equipment ratings and the highest and lowest P.U. voltages that can be conveyed 
to consumers. (These standards will be discussed more in (Chapter 20]) Finally, as stated 
above voltage generally decreases, or drops, as one moves away from the source, except at 
locations that are regulated or boosted, as shown. 

Voltage profiles can give voltage in terms of actual voltage (e.g., 7.2 kV p-g) as in 
Figure 9.1, per unit, or on a utilization basis (120 volt scale in the U.S., 250 volts in 
Europe), as shown in Figure 9.2. Displays of voltage on a per unit or utilization equivalent 
basis have a disadvantage in that they do not show actual voltage. But for many planning 
purposes they more than make up for that by permitting display of voltage along a path that 


transformation can exist across useful tie points. A 12.47 kV feeder from a substation fed by 138 kV, 
and a 12.47 kV feeder from a substation fed at 69 kV are likely 30 degrees apart because the 69 kV 
line is fed upstream through a 138/69 kV transformation. Such ties are worth less for reliability and 
load balancing than ties with very small phase differences, because load transfers can only be done 
there through “cold switching” — momentarily interrupting service of the transferred portion of the 
feeder as it is switched from one source to another. 
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Figure 9.2 Results of a “one-line” load flow analysis are displayed here in 120 volt equivalent form 
for a 23.8/12.47 kV feeder and one of its secondary circuits. This per-unit display permits the planner 
to view “voltage” with respect to a common measure across transformers. Here there are two 
transformers. The first, about 2.4 miles out of the substation, is a 23.9/12.47 kV feeder conversion 
point. The second is a service transformer (node 17294). 


includes transformers. Figure 9.2 shows a circuit path that involves 34.5 kV, a 
transformation to 12.47 kV, and finally a transformation to 208 volts (all voltages phase to 
phase). Displays in per unit or on a utilization basis allow the planner to see the effects of 
the entire pathway including all voltages and transformation, and keep the voltage display 
in terms of its use for customer deliver. Displays in absolute voltage (e.g., Figure 9.1), on 
the other hand, permit engineers to check actual expected voltage against cable, insulation, 
and equipment voltage ratings. Most voltage engineering software tools (e.g., ABB’s 
CADPAD®, Milsoft’s Windmils®) permit the planner to select the basis used for display. 


Conducior Tapering and Voltage Drop 


Generally, distribution circuits are laid out and engineered with conductor size selected to 
be proportional to the load level of each pathway. Portions of the electrical pathways that 
have high loadings are built with large conductor, those with smaller loadings have 
correspondingly smaller conductor. Conductor size is matched to loading level through a 
process of minimizing overall cost, as will be discussed in This is just sound 
engineering, and is almost a universal practice. The only exception of wide application is 
that some pathways are reinforced for contingency capability, as will be discussed in 
cree ee A feeder trunk may have “oversized” conductor so that during an 
emergency it can pick up additional load to maintain service even though other nearby 
feeders are out of service. 

Thus, in a well-designed distribution system, conductor size is roughly proportional to 
loading level, as shown in One must say only “roughly” because typically a 
utility has only about three to six “sizes” of conductor or cable available (Chapters 11 and 
will discuss why and how those sizes can be selected to optimize the benefit from 
conductor tapering.) 
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#2 


336 MCM 


Figure 9.3 Conductor tapering. Top, wire size as designed for a typical multi-branch 12.47 kV (7.2 
kV nominal phase to ground) feeder serving a 6 MVA peak load in a triangular service area, showing 
conductor tapering in its design, except along the three-mile trunk, which is reinforced to “big wire” 
size for contingency switching reasons. The myriad laterals stemming from these major three-phase 
branches are not shown. Bottom, power flow along these branches during normal peak conditions, 
varying from 6 MVA at the substation to very light loading at the ends of each branches. Points A and 
B refer to 
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Figure 9.4 Voltage profile along the feeder shown in for the pathways from the substation 
to points A and B. Voltage profile to A shows a gradually decreasing voltage drop per mile because 
the trunk, reinforced for contingency needs, is oversized versus normal flow needs. Voltage profile to 
point B shows a nearly constant drop/mile. 


As a result, a fairly common characteristic of radial feeder systems in North America, 
and elsewhere where North American practices are followed, is that voltage drop per mile 
is rather constant in a well-designed system, regardless of wire size or loading. Big wire 
has big loadings and small wire has small loadings, and both thus have roughly the same 
voltage drop per mile, since impedance is inversely related to conductor or cable size. 
Figures 9.3 and 9.4 illustrate this concept. 

This wire sizing can be optimized to achieve least-cost requirements. The two 
exceptions to this rule are: 


1. Room for growth. Planners know near-term load growth will require 
larger capacity, and thus install larger wire now to accommodate futwe 
growth. 


2. Contingency capacity. Certain pathways are reinforced to be able to pick 
up load if the primary feed pathway is disabled. 


Both of these consideration, along with optimizing conductor tapering and ways to lay 
out distribution systems so they are economical, reliable, and retain sufficient flexibility 
for future growth, will be covered in|Chapters 12|through 

Regardless, the result of this typical design practice is that the product of current times 
resistance (I x R) throughout a system is roughly constant throughout a well laid out 
distribution system. Voltage drop due to resistance is therefore rather constant per mile. 

In “European” systems, which tend to consist of loop feeders feeding loop sub-feeders 
(utilization loops), wire size of the loop in generally constant (each side of the loop is the 
contingency path supporting the other side) (see (Chapter 13). In this type of system, 
voltage profile follows the pattern shown in Figure 9.4 for the pathway to point A, a 
gradually decreasing drop per mile as one moves out to the substation. 
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R and X and Their Ratio 


Every circuit has an impedance, a complex value composed of real (resistance, R) and 
imaginary (reactive, X) components. R and X are proportional to distance, and are a 
function of conductor or cable type and size, and the spacing of the conductors with respect 
to one another, the neutral conductor, and ground. Current flow, voltage drop, and 
impedance interrelate according to the natural laws of physics for electrical interaction as 
described in Kersting and other texts. Electrical losses depend only on R, but loss of voltage 
with power flow — voltage drop ~ depends on both R and X. 

Resistance causes voltage drop under any situation where power flows, in any system 
be it DC or AC. But for any AC circuit, reactance to power flow also creates voltage 
drop. However, while reactance is somewhat like resistance in that it is a function of wire 
size and type, it is mostly a function of conductor spacing. Larger phase spacings increase 
the reactance, which increases the voltage drop due to reactance. Increase the cross-arm 
spacing of phases from nine to ten feet on the pole design of a feeder, and reactance is 
increased slightly. Voltage drop is a complex variable, the power factor of the load and 
the power factor of the current flow on the feeder interact with R and X to create a 
complex voltage drop. Poor power factor shifts the power flow so it is more sensitive to 
impedance, worsening voltage drop. The net effect of this is that in most distribution 
systems, voltage drop is a function of both R and X, but that X matters most on “big 
wire” pathways and resistance matters most for small wire segments. 

Every power engineer knows that voltage drop can be reduced on a circuit pathway by 
employing larger (and usually more expensive) wire, which will have a lower value of R 
and Z and therefore provide less voltage drop for any given level of power flow. But X 
limits how well this trick works as one turns to ever bigger wire to solve voltage 
problems. For example, R and X for #2 wire (180 amp thermal limit) on a typical 
12.47 kV overhead feeder design are respectively 1.69 and .665 ohms mile. “Doubling” 
the wire size to 4/0 conductor (340 amp thermal limit) cuts R by nearly two-thirds, to 
.592 ohms, but only decreases reactance by 13%, to 581 ohms. Overall impedance is 
reduced by 54%, perhaps a good return on the money spent on larger conductor. 

This same trick will work once more. If one “doubles” the 4/0 conductor to 477 MCM 
which has 670 amps thermal capacity — nearly twice its ampacity — R falls to .216, or 
again by nearly 2/3. But reactance drops by only 26%, to .43 ohms. Still, impedance is 
cut by 42%, to .48 ohms. Note, however, that reactance is now the larger element of 
impedance. R/X was nearly 3:1 for the small conductor but only about 1:1 for this wire 
size. 

Thus, if one tries this “trick” again, the results are not nearly as useful. Doubling the 
ampacity again by selecting 1510 MCM ACSR (1340 amps, or exactly twice the thermal 
current capability) means that resistance drops to .072 ohms per mile, or again by nearly 
2/3. But reactance falls to only .362 ohms, or by 16%, and impedance drops by only 24%. 
R/X ratio is now 5:1, and the planner gets only half the improvement of the previous 
doubling step. 


Impedance is a function of frequency 


Impedance of power equipment has both real and reactive components at all but zero 
frequency (i.e., DC). For most power equipment, both the real and reactive components of 
impedance depend on the frequency (Figure 9.5). This is seldom an issue for distribution 
engineers as their designs are usually restricted to one frequency. 
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Figure 9.5 Both R and X can vary as functions of the alternating voltage frequency. Here are 
values for 636 MCM 57-strand ACSR overhead conductor. Resistance varies ony slightly, but 
reactance is very much a function of frequency. 


Power Systems Are Designed to a “Constant Voltage” Paradigm 


All modern power systems are designed within a constant voltage paradigm. At each 
point of delivery, they are intended to provide voltage that does not vary as a function of 
time, other loads, or the customer’s load level. Most often, they succeed quite well in 
these regards. For example, a residential consumer nearly anywhere in the United States 
can draw from | to at least 10,000 watts of power out of the local power system, under 
peak or off-peak conditions, and at any time. And despite all these varying factors, they 
never see their service entrance voltage stray by more than about 10%. Most see far less 
voltage swing than that. Even at a full 10% shift due to load, voltage change is six orders 
of magnitude less than change in load (or current). Real power systems are very close to 
being “ideal voltage sources.” 

A measure of how well this constant voltage ability 1s performed is embodied in 
engineering calculations of voltage regulation, a measure often applied to transformers. 
There, it is defined as the difference between the voltage provided by the transformer at full 
load and at no load (when the input side voltage is held constant). 


Percent regulation = (V;— V,)/V_ x 100% (9.1) 


Where V; is the voltage at the output side at full (maximum) rated load and V, is the voltage 
when no load is flowing. 

Strictly speaking, voltage regulation as represented in nearly all power systems 
textbooks is applied only to transformers, for which there is an often-quoted characteristic 
value. However, the concept is useful in the design of power distribution systems. The 
variation in voltage at a particular point between maximum and no-load Joad flow cases is 
useful in analyzing potential problems and obtaining hints on where potential capability can 
be found at low cost. 


Voltage Regulation and Flicker Standards 


Most utilities have standards that set out the maximum variation in voltage permitted at 
any particular customer, often calling for only a 6% range of variation at any service 
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point, due to all normal operating causes. In addition, utilities often have “flicker” 
standards which specify a limit on rapid change of voltage level. A large motor on the 
same circuit can make a noticeable change in a consumer’s voltage as it turns on and off. 
Generally flicker standards are based on what people can perceive in the effects of 
voltage change in lighting. Thus, a utility can have three levels of standards that apply, 
for example: service entrance voltage will be maintained within a 10% range about 
nominal, no customer will see a variation over time of more than 6%, and no customer 
will see a change in voltage within a short period of more than 3%. will 
discuss these criteria in more detail. 


9.3 LOAD REACH AND DISTRIBUTION CAPABILITY 


The purpose of a distribution system is to distribute power by moving it from central 
sources to many consumer points. Each circuit is responsible for moving power from one 
location to others — for moving power over a distance(s). Voltage engineering includes 
many metrics that are useful to planners in laying out, assuring satisfactory performance, 
and minimizing the cost of a distribution system. Among these, measures of voltage and 
voltage drop themselves are very valuable. The K-factor and other rules of thumb provide 
useful insight into circuit capability. Voltage drop/mile and various losses measures 
support engineering directed at honing performance and minimizing cost. 

But none of these directly measure a system, circuit, or planning alternative against 
this most basic power distribution need of moving power over distance. Load reach was 
created to do exactly that. Load reach’s application is covered in through 
This section will only introduce it as a concept. It is a direct measure of the basic 
performance of a power system as constrained by voltage drop and a concept extremely 
useful in effective voltage planning and engineering. 


Load Reach 


Load reach is measured in units of distance — usually kilometers or miles. It is useful as a 
planning tool because it measures the distance that the feeder system can move power. It 
is useful as a concept because it focuses the planner’s attention on the fact that economy 
and efficiency must be achieved in a design with respect to the need to move power 
certain distances, and not just on a per foot basis. 

The load reach of a circuit or design is the distance that it can move a certain amount 
of power before encountering the applicable steady-state voltage drop limit. Obviously, 
the load reach of a circuit depends on the amount of power being moved. The reach of a 
circuit limited to moving 5 MW will be farther than if it is transporting 6 MW. But there 
are three specific load reach definitions that are not load-dependant that are extremely 
useful to planners. 


Thermal load reach 


The thermal load reach of a circuit is the distance it can move its rated maximum amount 
of power before encountering the applicable voltage drop limit. For example, a balanced 
three-phase, overhead crossarm, 12.47 kV circuit with 336 MCM ACSR phase conductor 
has a voltage drop of about 298 volts/mile, or 4.1% per mile, when moving its rated 
ampacity limit of 530 amps. Thus, its thermal load reach evaluated against a 7.5% 
voltage drop criteria is 


Thermal load reach = .075/.041 = 1.8 miles 
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Table 9.1 Thermal Load Reach Distances for 
12.47 kV OH 3-P Line Type - Miles 


Conductor Thermal Reach 
#6 1.8 
#2 1.8 
4/0 1.8 
336 1.8 
636 1.6 
795 1.5 
1113 1.4 
1354 1.2 
2000 1.1 


Table 9.2 Economical Ranges of 12.47 kV 
OH Three-Phase Line Types Evaluated for 
Capital and Losses Economics - Annual 


Peak MW 

Conductor Low High 
#2 0 1.6 
4/0 1.6 3.7 
336 3.7 5.1 
636 5.1 ve 
795 7.1 9.7 
1113 9.7 12.4 
1354 12.5 16.4 
2000 16.4 212 


a aa ee: 


Table 9.3 Economic Load Reach for 12.47 
kV OH 3-P Line Type - Miles 


Conductor Economic Reach 
#6 3.6 
#2 3.5 
4/0 3.6 
336 3.6 
636 3.5 
795 3.3 
1113 2.7 
1354 2.4 


2000 ee 
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Thermal load reach is nearly a constant 
for all distribution conductor sizes 


Interestingly, the thermal load reach of various sizes of a conductor of one type (e.g., 
ACSR) is very nearly a constant at any one voltage level. shows the thermal load 
reach of various sizes of distribution-range ACSR conductor at 12.47 kV, which varies only 
slightly over a range of conductor from #2 to 636 MCM. If one intends to use conductor to 
its utmost capacity, its ability to move power is constant regardless of conductor size: the 
thermal load reach of any ACSR distribution wire size is roughly 1.75 miles at 12.47 kV. 

Larger wire has a lower impedance and thus less voltage drop per mile when moving 
any specific amount of power. But it has a higher ampacity, so a larger wire’s thermal limit 
is greater. The two almost exactly cancel out: Impedance and ampacity are inversely related 
in this range of distribution conductor sizes. This means that their product is constant 
regardless of wire size — at least in the distribution range. [Figure 9.6|shows ampacity times 
impedance for ACSR wire sizes from #2 to 1590 MCM. This product is inversely 
proportional to load reach. As discussed earlier, as one leaves “distribution” wire size range 
(#6 — 500 MCM) for truly large wire, R/X ratio becomes very much greater than one as 
reactance begins to dominate resistance. As a result, as conductor size is increased, the 
product increases as shown in Figure 9.6, and load reach falls as listed in Table 9.1. 


Economical load reach 


Few utilities lay out and plan their distribution systems to be loaded to the thermal limit of 
conductor during normal operations. Most electric delivery utilities determine economic 
loading ranges for each conductor in an inventory of several sizes they use. These define 
preferred loading ranges for each conductor size, based on mimmizing lifetime cost, which 
is the sum of initial cost of the feeder and the present worth of the future losses associated 
with moving power over a typical (usually 30 to 40 year) lifetime. Such economic loading 
ranges call for far less peak current than the thermal limit of any conductor. The lifetime 
cost of losses is so high that it leads the utility to spend a bit more up front, on large 
conductor, to reduce their value. Such expense more than pays for itself. As a general rule 
of thumb, for a utility with typical financial factors, the economical! loadings for overhead 
conductor used in the 15-kV range will be about 1/3 to 1/2 their thermal load limits. 
discusses exactly how to determine such economical loading ranges and gives 
several examples and a very detailed discussion of methods to minimize “lifetime cost” of 
conductor in this manner. {Table 9.1 shows the economic loading ranges for distribution 
conductor at 12.47 kV, as determined for one utility. shows and explains a plot 
of the analysis that forms the basis for this table. 

A key fact that emerges from such optimization of conductor loading is that the lifetime 
cost per foot is almost lmear with loading (see Figure 9.6). This linearity has substantial 
implications which will be discussed later in this section and throughout this book. For the 
moment, however, the focus is on load reach. Looking at Table 9.2, a 336 MCM three- 
phase line has an economical loading range of from 3.7 to 5.1 MW as utilized by this 
utility. Evaluated against a 7.5% voltage drop criteria, the load reach at the upper end of this 
range, 5.1 MW, is 3.6 miles — this conductor, carrying 5.1 MW, will reach 7.5% voltage 
drop in 3.6 miles. That distance is this conductor’s economic load reach — the minimum 
distance a planner can depend upon this 336 MCM line type to deliver power and stay 
within service-quality voltage standards, when utilized according to Table 9.2. 
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Figure 9.6 Thermal load reach is basically a distance-based measure inversely proportional to 
ampacity times impedance, which is plotted here for wire sizes from #2 to 1590 MCM ACSR. Within 
the distribution conductor range, the value varies little, but for larger conductor it increases linearly. 
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Figure 9.7 Analysis of six three-phase line types for overhead 12.47 kV crossarm construction can be 
used to identify the range over which each conductor size is most economical. Y-intercept for each 
type is its initial construction cost per mile. Variable PW cost of losses over its life has been computed 
for loads up to its thermal limit, assuming a 63% annual load factor and 90% power factor. Each 
conductor (except 795 MCM, which is a redundant conductor type as will be discussed in Craptet 
{12}, has a range of loadings in which it provides the lowest cost. Guideline tables (e.g., [Fable 9.2) can 
be developed from this type of analysis to direct planners to always select the most cost effective 
conductor. Of particular importance, a straight line (dotted) approximates very well the “best that can 
be done” from this plot. This “linearized” cost characteristic is a key element of optimizing voltage 
and cost in feeder systems as will be discussed at length in later chapters. 
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Economic load reach is nearly a constant 
for all distribution conductor sizes 


As was the case with thermal load reach, the economic load reach of conductors is also 
very nearly the same regardless of conductor size, at least within the range of wire sizes 
normally used in distribution. Until quite large conductor is reached and X/R ratios are 
large, economical load reach of the conductors from is 3.6 miles, or about twice 
the thermal load reach. Table 9.3 shows economic load reaches for various size lines at 
12.47 kV, as determined for one utility. 


Emergency load reach 


An important aspect of distribution planning is arranging contingency backup for key 
elements of the feeder system, so that by re-switching open and close points, power flow 
can be diverted around outaged portions of substations or feeders until they are restored 
to service. In such situations, the portion of the feeder system that has “picked up” 
additional customer demand is carrying more load than its normal design situation and 
therefore voltage drop will be greater than under peak normal conditions. The 336 MCM 
three-phase line discussed above might carry 7 MW instead of 5.1 MW. It would 
therefore have roughly 40% greater voltage drop per mile. In addition, the maximum 
longest pathway in the contingency-switched network would undoubtedly be greater than 
normal. Lowest voltage drop could be far less than in a normal situation. 

The emergency load reach of a circuit or configuration is the distance it can move 
power and still conform to emergency or contingency-situation voltage requirements. 
Most utilities permit voltage drop to exceed normal operation guidelines during 
emergencies or contingencies. For example, many delivery utilities use ANSI guidelines 
(standard C84.1-1989) which applies range A (105% to 95%) for normal conditions but a 
much wider range B (105.8% to 91.7%) for emergency conditions; the utility permits 
itself a greater voltage drop during contingencies. Therefore, the emergency load reach of 
a circuit as planned for contingencies may be little shorter than for normal operations 
because while the circuits are carrying more current farther, they can work within a much 
wider voltage drop range. One “trick” to arrange very good economy in a system is to 
design switching and contingency plans so that emergency lvad reach and normal reach 
are compatible us will be described later. 


Load Reach: A Concept and Tooi for 
Efficient Layout of Feeder Systems 


Load reach is a measure of the effectiveness of conductors circuits, or designs in 
fulfilling the basic mission of a distribution system — moving power. It will be used as a 
planning tool in many examples and ways throughout this book, some of which are 
introduced in principle here. 


A feeder with all conductors economically 
sized will have their economic load reach 


Suppose a feeder is laid out with conductors of from #2 to 636 MCM wire, with every 
segment sized according to and no substation to customer route exceeding 3.5 
miles. Then nowhere will it encounter a voltage drop greater than permitted by standards; 
the load reach of a feeder that is built with distribution-range conductor that is 
“optimized” with respect to lifetime economy will always be the same as the economic 
load reach of the conductor set — 3.5 miles in this case. 
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Consider as an example the 12.47 kV feeder Sp are 8 for which the 
conductor size of every segment is selected according to For each segment, the 
planner has determined its loading and selected its conductor size based on the table. This 
means that the economic load reach of every part of the circuit is effectively 3.5 miles or 
better. So, too, then, is that of the entire assembly. Similarly, application of this same 
economic loading table to any other feeder configuration will produce the same result. A 
planner can lay out any feeder, sizing all segments for their most economical lifetime use 
and be confident that there will be no voltage drop problems as long as pathways are kept 
to 3.5 miles of less. The feeder design will both work (voltage and loadings will be within 
criteria) and be economical (all conductor has minimum-cost lifetime economics). 


“Natural” suitability of specific designs 


There is a “natural” optimal applicability range for any particular type of voltage and 
conductor set, based on the economic load reach concepts discussed above. The feeder in 
Figure 9.8, or any other laid out with the same type of OH line design and the conductor set 
in Table 9.2, will fit situations where planners need to move power routinely to distances 
out to 3.6 miles, “naturally.” Feeders planned and engineered within this “guideline” will be 
easy to lay out and design, and will be economical. One must remember that this “3.6 mile 
rule” applies to distance measured “‘as the feeder runs.” In most utility service territories, 
feeders are constrained to run somewhat coherently with a rectangular street grid, for which 
the square root of two is a good rule of thumb for conversion of path distance into straight 
line distance. will cover this in much, much more detail and specificity). This 
means that maximum straight-line distance for power movement using this feeder design 
guideline of 3.6 miles feeder route distance is roughly .707 x 3.6 = 2.5 miles, or a system 
design corresponding to about 5 miles between substations Thus, a 12.47 kV feeder system 
designed with the conductors and loadings of Table 9.2 is a “natural fit” for systems where 
substations will be about 5 miles apart; the feeders can be laid out so all segments are least- 
cost, and voltage drop works out to be “just within limits.” 

In cases where this design paradigm (12.47 kV voltage and the conductors in Table 9.2) 
must be used at a longer reach, for example in a system where substations are eight rather 
than five miles apart, the resulting feeder system will both be more difficult to design and 
muucu .ess economical. To obtain the necessary lower voltage drops per mile, pianners wil! 
have to use lower loadings of conductor, moving outside the economic range. Lifetime cost 
will go up. (Chapter 12] will discuss “long reach” design techniques which can apply feeder 
conductors beyond their economic load reach distances, but even though the rules of thumb 
given there help, the fact is that cost/mile is much greater once power must be moved 
beyond the economic load reach of the conductor set. 

Conversely, using this particular 12.47 kV design guideline with substations that are on 
average Only 3 miles apart means that the “full capability” of these feeders will seldom be 
used. Sizing their individual segments so that each has the overall economy (least lifetime 
cost) that can be achieved, the circuits will have a natural capability to move power 3.6 
miles or slightly more before encountering any voltage drop problems. The utility is using 
only 60% of the power transportation capability of every circuit element it buys. Such a 
feeder system will prove very easy to design and operate, but not cost effective.’ 


> The author has worked with planners who have systems in this category and routinely lay out, plan, 
and “engineer” feeders without making use of load flow or voltage drop computations. Why bother? 
Voltage is never even close to being a concern and loading is always assured within economic range. 
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One Mile 


Figure 9.8 Any feeder, such as the dendrillic radial plan shown here, if planned with all segments 
sized to “minimum lifetime cost,” will achieve economic load reach or slightly better throughout. Up 
to feeder-route distance of that amount, there will be no voltage drop problems. 


But in a very real sense, the utility will not be getting everything it is paying for out of 
that feeder system, because it is “throwing away” part of the inherent capability of its 
distribution (although the choice of 12.47 kV may be forced on it, or preferable, to other 
options, for a host of other reasons). This will be discussed as a philosophical design 
principle in the next few pages. It is also demonstrated in detail in which 
explore this concept and measures that planners can take to apply it and attain compatibility 
of all portions of a planned system and its standards, so that feeders and other elements 
“just naturally fit’ — this is the essence of strategic distribution planning. 


Comparing Load Reach and K-Factor 


The K-factor is a traditional way of assessing distribution performance, related in a 
tangential way to load reach. Developed prior to WW II, when primary voltages were 
predominately 4 kV or less and demand was far below today’s standards, the K-factor 
(kVA factor) measures the percent voltage drop per KVA-mile of power delivery. For 
modern applications a factor expressed in terms of percent voltage drop per MVA-mile is 
more immediately useful. While this should perhaps be termed the “M-factor,” it is 
normally termed K,,. 


K,, = the percent voltage drop per MVA-mile 
Load reach at a particular load level and the K-factor are related by 
Load reach (miles) = C, /( K,, x L) (9.2) 
where C, = voltage drop limit and L = load in MVA 
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For example, if the C, is 7.5%, K, is .5%/MVA-mile, and load 5 MVA, then the load 
reach is three miles. When computed accurately and used in a knowledgeable manner, the 
K-factor is a powerful engineering tool for estimating voltages and their sensitivity to load, 
an amazingly versatile and quick tool for assessing feeder capability as well as evaluating 
design changes like conductor upgrades, capacitors, and regulators and LTCs (Kersting). 

However, for distribution planning purposes the author prefers load reach, particularly 
economic load reach, for three reasons. First, load reach directly addresses the mission of a 
distribution system — moving power — with a factor measured in terms of distance. It is 
particularly powerful when used as a design guideline, as discussed in 4,]and 
By contrast, K-factor addresses distance only tangentially. Second, load reach is 
measured in a single dimension — distance — instead of two ~— load and distance — like the K- 
factor. This makes load reach easy to apply as something close to a planning criterion. 

Third, economic load reach embodies both the desired electrical and the economic 
design criteria. It assumes and is compatible with planning in which line segments are 
picked based on economics — a step toward assuring that overall system design is at 
minimum cost. In addition, if used appropriately, it assures that maximum voltage drop is 
reached, but never exceeded. Voltage drop is not something to be minimized. It is a 
resource, never to be squandered, but always to be used prudently and fully. A feeder that 
has less voltage drop than permitted is one that is very likely over-built, and hence probably 
more expensive than it needs to be. Feeders built to the economic load reach guideline use 
all the voltage drop available to achieve low cost. 


Load Reach Nomenciature 


Summarizing, one refers to the distance that a conductor/line design standard can move its 
maximum rated current as thermal load reach. The distance that feeders will move power 
when they are designed to be most economical is the economic load reach. The distance 
that a conductor of circuit can move power at emergency loadings, against emergency 
voltage criteria, is similarly called the emergency load reach or contingency load reach 
distance. Finally, the load reach at any specific loading, for a particular circuit or system, 
for example, 5 MVA, is referred to as the “load reach at 5 MVA.” 


9.4 LOAD REACH, THE SYSTEMS APPROACH, AND CURRENT 
AND VOLTAGE PERFORMANCE OPTIMIZATION 


The foregoing discussion explained load reach measures and summarized their use in T&D 
planning, applications which will be explained in more detail and illustrated with examples 
in|Chapters 12}{17]as well as elsewhere throughout this book. Load reach is one of two tools 
that planners can use to optimize the cost/performance of their primary feeder system in the 
larger sense. The other tool is optimization of conductor economics on a per-foot or per- 
mile basis, as summarized earlier and explained in detail in Such optimization 
leads to economic loading guidelines of the type shown in[Table 9.2} 

Economic conductor loading, and load reach, permit planners to optimize both the 
concept of their system layout (overall approach and guidelines) and specific, individual 
planning projects. Of course, planners must also pay attention to other key aspects of their 
T&D planning: a choice of efficient routes combined into a good overall layout (Chapters 
13 and 14); good coordination of individual feeders and substation low-side properties 
(Chapter 15); and optimum sizing and spacing of substations and the subtransmission 
aspects of planning to get power to those substations (Chapters 1618). But economic 
conductor sizing and load reach optimization are the feeder-level tools that both support 
cost-efficient plan development and enable coordination with other levels. Such 
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coordination of planning among the various levels of the power system, and consideration 
of the interrelationships of performance and cost among those levels, is the essence of the 
systems approach, which as mentioned in is the most important concept for 
effective T&D planning. 


Economic Conductor Sizing 


The development of distribution-level economic loading guidelines as outlined in 
and their use as described in will optimize feeder economics from the 
standpoint of conductor size and current flow. Properly done, “tools” like and 
policies that apply them to all situations and vary their values appropriately for load growth 
and other situations (as described in Chapters 11 and 12) permit planners to minimize the 
cost of dealing with current flow in their feeder systems. 

One result of “optimization” of conductor sizes is a near-constant slope to the lifetime 
cost per MW-foot “curve” of power delivery through the system (see and 
accompanying discussion): the “curve” of cost versus amount of power is approximated 
very well by a straight line. However, this is not a strict linearity, because the straight line 
model (dotted line in does not pass through (0,0). The positive Y-axis intercept 
means there is a fixed cost per mile of power distribution regardless of the amount of power 
moved, which means there is a significant benefit to optimization of routes and distance in a 
feeder system (this will be explored in much more detail in [Chapters 13}14). It also means 
that there is a noticeable if not significant economy of scale in feeder layout: where possible 
planners should arrange feeders so that loadings are in the high end of the “linear range.” 
(Readers concerned that they do not fully understand this model and its uses should note 
that Chapters 12-115 |will develop a “linearized model” of this plot and apply it in a number 
of examples). 

This brings up the first important aspect of the systems approach to optimization and the 
role of conductor sizing, load reach usage and optimization of the feeder system in that 
planning. Any set of well-optimized conductors will, as exemplified by have an 
economic reach that is roughly similar for the various conductors at any one voltage level 
(e.g., 12.47 kV, 13.8 kV, etc.). As mentioned earlier, this means that any well-laid-out 
feeder, with conductors optimized for economic loading, will also always have the same 
reach as this conductor set. 


Economic Load Reach 


This economic load reach distance is an inherent capability of the distribution system (the 
feeder conductor set as a whole). Every mile of primary feeder that the utility buys brings 
with it an ability to “fit” into a system that moves power up to that economic load reach 
distance: the utility has bought that much distance capability “built in” to every foot of 
feeder it builds, and it costs it nothing more to use it fully. In fact in most cases one can 
show that it costs the utility money if it does not use that reach fully (but in the interests of 
space that will be left until Chapter 17) [Figure 17.21). 

In almost all but a few rare situations where the substation and feeder levels cannot be 
made cost-interaction compatible, the overall lifetime cost of the power delivery system is 
more nearly minimized if planners use as much of the load reach distance of their feeder 
network as they can. Generally, this means that substations should be spaced so that 
maximum feeder distances to points between them are just at the load reach limit. If one is 
going to use the example conductor set here and 12.47 kV primary voltage, then the feeder 
system will be most optimally applied if substations are sized and sited so that maximum 
feeder route distances — to the border of service areas between the substation — work out to 
be about 3.5 miles. 
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Figure 9.9 Multi-level system lifetime cost (sub-transmission-substation-feeder, but not service) as 
determined for one utility system as a function of pnmary voltage used for “two-mile-apart” and 
“seven-mile-apart” substations. In each of those two scenarios, substation and subtransmission designs 
were optimized for the sizes and loads that such service area sizes give. Different sub-scenarios using 
that and various primary feeder voltages, with system design then optimized as much as possible, 
resulted in the overall cost curves shown here. Distribution voltages contribute to the minimum overall 
cost when they provide “just enough” load reach to fit with optimal service area sizes for the 
substation-sub-transmission considerations. 


Of course, there are other considerations besides just the feeder level. Substation and 
sub-transmission costs and issues will enter into consideration in a systems-approach 
optimization, but feeder costs are significant and this optimized-conductor-load-reach 
approach is the recommended approach. The economic load reach of any set of conductors 
(as well as the thermal and emergency reaches) can be doubled by doubling the primary 
voltage level. A 25 kV primary voltage would have almost exactly twice the load reach of 
the 12.47 kV examples given in 9.3, or 7.2 miles. Higher voltage costs the most, 
not just for every pole, crossarm, and insulator, but for all transformers and switchgear 
involved. Usually, one wants to buy only what is needed: enough to give the !oad reach that 
works out best overall. 

Thus, where free to pick the primary voltage, planners can select it to be most 
compatible with substation and other costs, arranging to “buy” a distribution system with 
just enough economic load reach to fit the optimum size and spacing of substations when all 
other costs are considered.* In that way they assure that overall T&D lifetime cost is 
minimized (Figure 9.9). (Chapters 16/18] will discuss this in much more detail and give an 
example, but this is the philosophy of the T&D systems approach to minimizing cost with 
respect to the feeder system. 


* The author’s recommendation is to let the substation-level economics drive the selection process in 
such situations, but not drive the selection. What these means is that planners should start with and 
vary substation-level parameters to gain an appreciation of costs down to the feeder level, then 
coordinate and vary feeder decisions with that. This will be discussed in considerable detail with 


examples, in and 18. 
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In the many cases where planners do not have the ability to select the primary voltage 
(i.e., they are “stuck” with the existing voltage level in an area), load reach concepts can 
still help quickly reach an understanding of cost tradeoffs in the system and affect an 
overall planning solution that uses the “tie) to its maximum and at minimum cost. 

18, 


this will be discussed in and [L6} 


Current and Voltage Performance Optimization 


Economic conductor sizing and load reach usage basically assure that the feeder system is 
utilized cost effectively from the standpoint of both current and voltage performance 
capabilities. Although many other aspects of design and application, such as the voltage- 
VAR capacitor engineering in the next section, are important to voltage performance, load 
reach optimization results in a system that will inherently perform well. 


9.5 MANAGING VOLTAGE DROP ON DISTRIBUTION SYSTEMS 


Planners and engineers faced with the design of a power distribution system have to address 
the two factors discussed earlier in this chapter with respect to voltage drop, that it is a 
deliverable quality which must be kept within standard limits and that it is a resource and 
therefore must be used well. Generally, the most cost-effective distribution systems are 
those that use all of the available voltage drop range throughout the system. If a maximum 
voltage drop range of 10% is permitted by standards, then ideally voltage drop approaches 
that at many places throughout the system. Where voltage has been engineered to a 
narrower range than permitted by standards, cost is almost invariably higher than necessary. 

Of course, there are often mitigating circumstances that mean planners cannot “push 
voltage drop to the limit.” First, in many urban systems, load density is so high that the 
ampacity of a circuit is completely used before voltage reaches anywhere near the limit. For 
example, generally a 12.47 kV circuit of less than 1.5 miles total flow length will not reach 
voltage drop limit of 9-10% even if loaded to the thermal limit of its conductors. 

In addition, in other situations planners must leave room for future growth in cases 
where that makes economic sense. Other times they must remforce contingency-support 
branches and allow for several other factors that sometimes result in thei having to 
reinforce the system and thereby reduce voltage drop to less than the permitted maximum. 
But again, reducing voltage drop to less than the limit allowed, other factors having been 
addressed, is not necessary and is certain to raise cost beyond the minimum necessary. 

The planner who accepts and understands that fact, and keeps it in mind during the 
layout and design of a feeder system, is well on his or her way to mastering the art and 
science of designing efficient distribution systems. But there is more. Real mastery of 
voltage engineering means using the permitted range well. A planner has many means 
available which can effect and change voltage drop behavior on a feeder (Table 9.4), which 
are discussed below. All of these ultimately mean spending money, and each has other 
implications that gain or lose advantage in other categories of importance to the designer. 

Thus, the essential question for a feeder planner to ask is how should the permitted 
voltage drop range, be it 10% or 9% or whatever, be used to best affect the feeder which is 
currently the subject of his work. In voltage drop is shown as rather equally 
distributed throughout the feeder. This is the general characteristic of feeder design, but few 
feeders are strictly generic in character. By altering the layout, sizing, and other aspects of 
his or her design, a planner can alter where the voltage drop occurs on a feeder. For 
example, use of a very big conductor for the main feeder trunk means branches and laterals 
can minimize voltage drop on the backbone of the system, often providing good emergency 
capability. 
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Table 9.4 Measures to Reduce or Control Voltage Drop on Distribution Feeders 


Type of 
Measure 


Improvement in 
Volt. Drop Volt. Reg. Flicker 


Load balancing Often Often Maybe 


Configuration Depends Depends Depends 
Larger wire Good Good Good 
Volt. Regs. Excellent Excellent Poor 
Shunt Caps. Good Good Fair 
Series Caps.** Good Good Good+ 
Distr. Gen. Good Good 
Power Elect. Excellent Excellent Excellent 
Storage Poor Poor Good 


Impact on 
Init.$  Opr.$ 
Low Low 


Depends Reduces 


Depends Reduces 


Costly Increases 


Depends Increases 


Depends Depends 


Good Costly 


Costly Depends 


Depends Increases 


Other 
Comments 


Low cost when it works. 
The first thing to turn to 
with poor-performing 
feeders because cost is 
low. 


Often forgotten, but 
always worth exploring. 
Just “do it smarter.” 


Works best only with 
smaller wire sizes due 
to X/R characteristics. 


Usually expensive and 
increases losses and 
O&M. Regulates voltage 
well. 


Often very costly if 
switched. Slight decrease 
in losses, but increase in 
O&M cost and difficulty. 


Works well on long and 
larger conductor lines. 
Can be hard to engineer 
for varying load levels. 


Depends. Very difficult 
to justify for voltage 
support alone. Can create 
a host of complex 
operating issues. 


The right kind of power 
electronics can solve just 
about any voltage regu- 
lation problem. 


Well engineered storage 
can cure flicker and 


short-term regulation 
problems. Usually 
reserved for “unusual” 
situations. 


** “Starting capacitors” installed at the site of a large motor or other inductive load causing flicker 
often greatly reduce flicker and are often the preferred solution to such problems. 
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Feeder Load Balancing 


Load balancing refers to the transfer of a portion of the load from an existing or planned 
feeder to others around it. Normally open and normally closed switch positions in the feeder 
system are changed to redistribute load among a group of feeders. The reduction in load 
eliminates the problem and creates no new ones on the feeder(s) to which the load was 
transferred. Some distribution planning and engineering software packages have features 
which will automatically identify switching patterns that “solve” minor overloads and 
voltage performance problems. Many planners are very experienced at sensing, from 
among a group of feeders, where and how transfer can be affected to solve operating 
problems. 

Load transfers are the first tool most experienced distribution planners turn to for the 
simple reason that they often cost nothing in terms of capital additions, crew time for 
modifications, or commitment to future configuration (i.e., the feeders can always be 
switched back to their original configuration in the future, if there is a reason). Generally, 
planners tend to turn to load transfers when feeders are “overloaded.” But a circuit with 
poor voltage performance is overloaded in a very real sense. Load transfers are worth 
exploring even when some slight amount of money would need to be spent to add a line 
segment, switch, or other equipment to facilitate the load transfer. 

A distribution feeder system is therefore a rather dynamic entity, in that its switching 
pattern is changing from year to year in response to growth in some of the areas it serves. 
One result of this (completely justifiable) approach to distribution system planning is that in 
many parts of the power system, all the feeders in the area will be loaded to their maximum 
capability. Over the years, as load has grown, planners have transferred load among the 
feeders and made small changes to accommodate those transfers, until every feeder is 
serving a load near its limit and few can accept any more transfers to them. This is near- 
optimal and very sound planning. True, the system has little room for load growth (without 
spending money on expansion). But what has been purchased in the past and installed is 
being fully utilized. 

The author views load transfers as the way that a distribution system is fine-tuned to fit 
the exact spatial pattern of load and how it is kept in adjustment as load slowly evolves over 
time. 


Artful Use of Feeder Configuration 


Changes in the configuration of an individual feeder are actually a type of “transfer” of load 
among the branches or sections of the feeder, similar to the load transfers among feeders 
discussed above. However, somewhat strangely, configuration changes are often not 
considered by planners, who turn to other, more expensive means to solve loading or 
voltage performance problems. through [L5}discuss distribution feeder system 
layout techniques and configuration planning in considerable detail. However, several 
observations about feeder layout will help put this particular voltage engineering measure in 
proper perspective. 

In many (most) cases, a distribution planner has a great deal of freedom with respect to 
how he or she arranges the configuration — selecting and refining the exact configuration of 
a feeder ~ the plan for how pathways split on their way from the one source to the many 
consumers, of how its trunk branches and its laterals stem from them to carry power from 
the source throughout the service territory. 

The role of a distribution feeder is to provide power flow pathways from the source (the 
substation) to the set of service transformers in its service area. Each of these service 
transformers is constrained to be fairly close to the consumers it serves by the circuit 
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characteristics of the low-voltage circuits running form it to its customers. From a practical 
standpoint this means that the feeder must reach within a short distance from all points in its 
service territory. Basically, the feeder planner must count on running a wire of some 
capacity up and down every street, or block, in some manner. This concept is illustrated in 
with the row of dots (service transformers) arranged in a grid representing the 
row-blocks of a street grid. One can view the task of feeder layout as one of determining 
“how to connect the dots” with a circuit that begins at the substation and reaches each 
transformer with a lateral circuit, and which of these pathways to reinforce with larger wire 
as trunks and major branches. 

Innumerable layouts are possible (four are shown). All begin at the substation and split 
repeatedly to reach all the service transformer points. In Chapters 13]and [4|selection of the 
specific configuration that is best for a given situation will be discussed in detail. But even 
given the constraint that one wishes to build the minimum possible length of primary 
feeder, a number of possible configurations are possible. (The configurations shown in 
Figure 9.10 all have very nearly the exact same total circuit distance.) They differ in the 
details of how they are arranged and which segments are reinforced to bigger size to 
provide a mutual, or transshipment, pathway. They also differ in the performance 
characteristics they provide. Protection coordination, reliability both overall and to 
particular points, flexibility for future expansion, minimization of esthetic impacts by 
avoidance of certain paths, and voltage are all issues affected by the selection of one layout 
over another. 

Thus, feeder layout planning, which includes determination of the overall pathway and 
split pattern of the feeder flow and determination of the size of each segment, is a critical 
part of feeder voltage engineering. Often, distribution planners, particularly when faced 
with voltage drop problems in a feeder they are laying out, do not stop to consider possible 
changes in configuration as a “cure” for the problems they face. And rarely do planners 
consider that often changes to a few segments of an existing feeder can change its 

configuration to a degree that makes a noticeable impact on some performance 
characteristic (such as voltage). 

No one type of configuration is always best from a voltage ere (by contrast, 
certain multi-branch configurations are always superior from some protection and reliability 
standpoints, if those factors are important to the planner). But in any given situation, with a 
specific load pattern, specific set of voltage standards, specific set of conductors that can be 
used, and limitations imposed by the existing surrounding system, certain configurations 
may offer advantages over others. 

As an example, consider a situation where a planner has laid out a large-trunk feeder 
(lower left in Figure 9.10) and determines that even with the largest common wire size 
used for feeder trunks, 500 MCM, the voltage performance on the feeder is such that the 
lateral branches on the last mile of the circuit must be reinforced to a larger wire size than 
minimum to achieve acceptable voltage performance. That represents upgrading miles of 
lateral circuits, a considerable additional expense. 

The obvious approach is to upgrade two or three miles of the trunk to larger wire size, 
thus shrinking the voltage drop common to all the affected laterals. However, because of 
the R/X ratio behavior for large conductor circuits discussed in section 9.2, upgrading to a 
larger wire, such as 795 MCM or even 900 MCM, may not provide sufficient voltage drop 
relief. 

Instead, a move to a two-branch design, as shown in the upper left, can make sense from 
a voltage-engineering standpoint. True, there are now two branches which means more cost 
than for one large trunk. But each can use smaller wire, 336 MCM, than the original trunk, 
since each carries only half the load. This provides a small savings compared to the original 
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trunk circuit that helps offset some of the additional costs of using two branches. The 
smaller conductor has better load reach characteristics, too (see [Table 9.3). This 
configuration provides sufficient voltage drop performance that the lateral circuits can now 
all be “small wire” while still staying within the limits imposed by the utility’s service 
standards. 

This example is realistic, a “trick” used by the author on occasion in planning new 
feeders when voltage drop slightly exceeds limits but cannot be made acceptable without 
pushing wire size to extremes. More often, configuration alternation works on an existing 
feeder that needs to be upgraded due to load growth. Almost invariably, a better approach in 
such a situation than reinforcing a trunk that already has large conductor is to make 
alterations to the feeder configuration, adding a branch and redistributing power flow. 

Many excessive voltage drop situations are easy to solve with configuration, if a planner 
stops to consider it as an option and if these options are explored artfully. 
shows a simple example. The original configuration of a feeder is shown, along with new 
major load that will result in low voltage further out the feeder branch serving it (area 
shown in dotted line). 


Two-branch jayout “Feathered” 


Big trunk layout Mixed Design 


‘tht 


Figure 9.10 Four ways that a primary distribution feeder can be laid out to reach a set of 108 service 
transformers arranged along street gnds. All four have the same total length of primary and the same 
total MW-miles of power flow. They differ in various characteristics including how they can be 
coordinated for fusing, future flexibility, and the potential they have for voltage drop behavior using 
certain sizes of conductor. 


One Mile 
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Figure 9.11 Simple example of re-configuration to avoid costly reinforcement. See text for details. 


One solution to this poor voltage performance is to re-conductor about one mile of the 
feeder, specifically the path leading from the point where the trunk tapers (at the point 
where the first two, small branches diverge from it) along the flow path out to the new load. 
But a less costly solution is shown at the right, and involves the transfer of load among the 
ends of three branches, as shown. The resulting feeder now has acceptable voltage 
performance, although it has somewhat less capacity to absorb future load growth. But the 
planners have avoided spending money for future capability that may not be needed. 

Generally, clues to whether such re-configuration schemes will work in solving voltage- 
performance problems lie in the distribution of voltage drop in the feeder. Generally, if a 
two percent difference in voltage exists among adjacent branches or nearby areas in the 
feeder, then this type of re-configuration will very likely work. Whether it is cost effective 
still has to be determined, but re-configuration will very likely solve minor and even some 
major re-configuration problems. 

Voltage is only one of several factors a planner has to juggie in layout of a feeder, and 
protection, reliability, and other needs may dictate that one configuration can not be used 
instead of another. But planners should always consider these options, and strangely they 
often neglect to consider such changes in configuration within a single feeder as a solution 
to voltage and minor overloading problems. Such changes often result in a better 
distribution of loading. Planners should always consider what freedom of layout they have 
and how that could be applied to attain their goals while keeping cost low. 


Upgrading Lines with Larger Wire or More Phases 


Larger wire size often does prove to be an effective means of reducing voltage drop. 
Particularly in situations where the plan is for a new feeder, the marginal cost of the next- 
size wire is generally quite small. In situations where wire size is below 500 MCM, and 
hence R is the dominant part of the impedance, upgrading conductor or cable size in one or 
more segments might prove an economical way to “buy” improved voltage performance. 
Similarly, one- and two-phase laterals can often be upgraded to full three-phase 
configuration, greatly reducing voltage drop per mile on that segment. Often, two-phase 
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segments are particularly ripe for upgrades: cross-arms and most hardware for the third 
phase are present. 

In most cases where the existing or planned wire size is larger than about 600 MCM, 
R/X ratio is so small that increasing the wire size does not provide a great amount of 
voltage drop improvement for the money. In addition, larger wire size always means higher 
fault current. This may mean that upgrades in the capacity of breakers, reclosers, and 
sectionalizers are now required. It often makes protection coordination a bit more difficult 
to achieve if sectionalization near the limit of what is feasible is being used to limit the 
extent of interruptions due to line outages. 

But despite these caveats, larger conductor is always an option to examine in cases of 
poor voltage performance on an existing or planned feeder. It works particularly well when 
the existing or proposed wire size is small, and it reduces losses, an added benefit. 

Conductor upgrade planning is partly an art — no rules of procedure always work best. 
Planners need to apply judgement, and experience leads to faster, and occasionally better, 
results. However, several rules of thumb are useful: 


The upgrades to be avoided are those that will require replacement of hardware, 
not just conductor. Many utilities have “light” and “heavy” designs for poles, etc., 
with former being used for smaller sizes of wire, the other for larger. Upgrades 
within each set are less expensive than those that require a transition across the 
light-heavy category line, which may mean replacing poles, cross-arms, and other 
hardware. 


Large-wire upgrades pose a difficult tradeoff. Upgrading a feeder trunk increases 
ampacity of the major, switchable contingency path for the feeder, which is 
usually an advantage from a reliability standpoint. It improves voltage drop over a 
wide part of the feeder (since the trunk usually leads to a lot of downstream 
branches and load). But trunks are usually already made from larger wire size, so 
an upgrade might not make that much difference in voltage drop performance 
because of X/R ratio issues. 


It is possible to “optimize” upgrades for voltage purposes with a simple estimation 
procedure that enumerates the upgrade of each segment in a problematic pathway 
and selects the least costly element. 


Closer Phase Spacing 


As mentioned in section 9.2, the reactive component of impedance in a line segment is a 
function of the phase spacing. Larger phase spacings produce a higher X. One way that the 
voltage performance of a feeder can be extended is to reduce the phase spacing, thereby 
reducing reactive impedance, and consequently improving voltage drop performance. 

Usually, this is not an option open to a planner when considering how to solve a 
voltage performance problem on an existing feeder. Changing phase spacing is probably 
not feasible, and even if so, is prohibitively expensive. But there are two exceptions. Both 
involve situations where a new feeder(s) is being planned. 

First, many utilities will build new feeders to higher voltage ratings than needed now 
in order to accommodate future upgrades to higher voltage. For example, several utilities in 
the southern US build new 12.47 kV feeders to 34.5 kV standards. The difference in cross- 
arm width for a typical horizontal overhead pole among their designs is three feet (nine 
versus twelve feet), which results in an increase in reactive impedance. Such a difference in 
X may be easy for a 34.5 kV circuit to tolerate (and necessary for its proper insulation 
coordination and operating performance). But it means 12.47 kV circuits designed to the 
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higher voltage standard have a noticeably lower voltage performance, sometime 
particularly noticeable on portions of the circuits that have low R/X ratios, where voltage 
drop per mile will be correspondingly less. In effect, the load reach of these 12.47 kV 
feeders is somewhat lower overall than that of 12.47 kV feeders designed to their voltage 
class’s standard. Planners often forget to take this lower voltage reach and encounter 
problems in the detailed design of feeder systems, particularly those that involve large-trunk 
configurations (see[Figure 13.12). 

Second, the use of spacer cable provides a noticeable if not dramatic increase in the load 
reach of overhead lines. On a 12.47 kV circuit, the phase spacing of spacer cable might be 
only 18 inches between phases as compared to an average of nearly seven feet for normal 
cross-arm construction. This results in about 7% more reach, a margin that can make a large 
difference. Usually, this is not sufficient to justify spacer cable, per se, as a voltage drop 
mitigation method, although the author is aware of several situations in the northeast United 
States where it was used in feeder upgrades as much for this reason as for its improvement 
in reliability in “tree infested’ areas. But the superior voltage performance of spacer cable is 
an additional advantage that should be recognized when considering it because of its other 
advantages. 


Shunt Capacitors 


Reactive impedance in combination with reactive load often results in particularly 
significant voltage drops on a distribution circuit. One solution to the voltage performance 
problems created by this combination is to reduce the reactive load — improve its power 
factor — by using shunt capacitors. Shunt capacitors inject VARS into the feeder at their 
location, improving the power factor upstream of them. This reduces the total load (MVA) 
on the feeder, cuts losses, and improves voltage drop performance of the circuit path 
between the capacitor’s location and the substation. Section 9.5 will discuss shunt capacitor 
planning in much more detail. 

Generally, power factor correction to about 95% power factor or better is justifiable on 
distribution feeders due to a host of reasons that boil down to economics (i.e., lower losses, 
avoidance of reinforcement for voltage drop, marginally improved flicker performance). 
Shunt capacitors are usually installed only in three-phase banks on major branches or 
trunks, and the wise planner puts them only at locations where they can be easily reached 
with a line truck. The planner who calls for the location of a capacitor bank on a circuit in 
the middle of a block behind houses and among trees will be reviled by Operations for 
creating unnecessary construction costs and future maintenance headaches. 

Any time power factor is low (usually, this means below 90% at the substation) planners 
should look to shunt capacitor correction as a means of improving overall performance of 
the feeder. Capacitors only improve performance when power factor is poor, so if it isn’t, 
they are not an option to consider. 


Series Capacitors 


Series capacitors attack the opposite half of the “reactive impedance in combination with 
reactive load” duo. Placed in series with a distribution or transmission line, capacitors 
counteract or “cancel” its reactive impedance, resulting in lower voltage drop, or if one 
takes a slightly different view of the situation, the ability to transfer more power along the 
line before reaching voltage drop limits. Series capacitors work even in cases where the 
power factor of the load is not the primary problem: reactive impedance alone can cause 
significant voltage drop problems on a circuit, given enough load and circuit length. In 
addition, series capacitors can mitigate flicker and voltage regulation problems. 
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Series capacitors are used mostly at the transmission level. One reason is that higher 
voltage lines have greater phase spacing, meaning they have a higher X per mile. A second 
reason is that they are often longer than distribution circuits, so there are more miles of that 
higher X per mile impedance. The result can be considerable reactive impedance, blocking 
the efficient transmission of power. Series capacitors make a lot of sense in such cases. But 
there are many cases where series capacitors are a useful option at the distribution level. 
Usually, such situations involve the transmission of large industrial loads over distances 
that are extreme for distribution. For example, a three-megawatt sawmill load that must be 
served over eight miles of 12.47 kV distribution circuit would be a natural candidate for a 
series capacitor. 

Series capacitors have their downside, including a not entirely undeserved reputation for 
causing intermittent operating problems. In some cases, they can exacerbate “ringing” (a 
type of voltage resonance following major changes in load level or switching or just for no 
apparent reason at all), voltage transients, and something like ferroresonance in nearby 
transformers. Such problems are very rare, but they do occur. More likely but still rare are 
situations where a series capacitor will cause high-voltage, even flashover, problems at the 
end of a feeder under very light load, off peak-conditions. 

But when well designed, series capacitors are a great solution for situations where the 
load reach of a distribution circuit must be extended well beyond its normal limit. The 
situation will require study, modeling, and consideration of engineering aspects quite 
beyond those needed in normal situations, but the result is often superior performance at a 
fraction of the price of other options. 


Distributed Generation 


Distribution generation (DG) will boost the voltage at the point on a circuit where it is 
injecting power, as compared to the voltage level that will result if it is not operating. 
Therefore, it is a means of controlling voltage drop and shaping the voltage profile of a 
distribution circuit. But DG is a very expensive option if its sole use is voltage support, and 
the author has seen no cases where this benefit alone justified DG. Generally, distributed 
generation is justified on the basis of the reliability advantages it brings to a specific site 
(where it is installed), or the deferral of upstream capacity problems it provides in the 
utility’s plans to handle a slowly growing load. 

Additionally, DG is a particularly complicated resource to engineer when it is combined 
in parallel or direct connection with the operation of a distribution circuit. This is not to 
imply that DG is easy to engineer when it is intended to operate in “stand alone” mode. But 
in any application where it provides voltage support io a feeder, that means it will be 
running as a parallel source to power from the substation (and/or other DG units on the 
circuit). This changes the whole complexion of the circuit engineering problem, for it is no 
longer completely radial. The complexity of the subsequent power flow analysis, 
assessment of dynamic loads and flow patterns, and protection engineering are all vastly 
more complicated, as to some extent are the equipment choices and design to meet safety 
and operating requirements. 

DG is seldom a useful consideration when a distribution planner is facing voltage 
performance problems alone. However, if DG is being considered for other reasons its 
impact on voltage should be advantageously used. 


Power Electronics 


Power electronics devices can, if properly designed and applied, essentially force voltage, 
power factor, and phase angle of power flow in a circuit to exactly correspond to the 
planners’ and operators’ wishes. A variety of devices and characteristics are possible, 
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including VAR compensation, dynamic phase shifters, and back-to-back DC ties. In rare 
cases, DC options include use of DC transmission of power at distribution voltage ranges (7 
to 35 kV) and provide economical advantages over other options. 

At present, PE solutions are generally expensive compared to the other options for 
voltage performance improvement. They are included here for completeness’s sake, and 
because in really “messy” cases where dynamics, phase, or circular flow issues abound, 
they often provide effective and even elegant solutions. 


Energy Storage 


Energy storage, regardless of whether it employs batteries, flywheel, compressed air, 
pumped hydro, or whatever, is in effect a type of rechargeable, short-term DG source. It can 
provide temporary relief of voltage problems on a feeder to the extent its stored energy can 
provide the power injection needed. Usually, it includes some degree of power electronics 
in its control and power conditioning circuits: Most storage is DC and includes DC-AC 
converter power electronics. Thus, the unit often serves for at least limited power control 
functions too, and a storage installation usually has a lower marginal cost of adding 
additional power electronics capability than other voltage drop mitigation methods. 

Still storage is seldom used to solve day-to-day voltage drop problems, those caused by 
load level. Instead, one sees it most often in cases where dynamic interactions create 
voltage performance problems involving “serious” flicker problems, voltage collapse, or 
problems due to “load following” in isolated systems or weak systems where local 
generation cannot track load. 


9.6 VOLT-VAR CONTROL AND CORRECTION 


Power factor correction and voltage regulation are important elements in the achievement 
of high efficiency in a power distribution system. Many aspects of capacitor and regulator 
application, particularly details of exact placement, sizing, switching, and protection, are 
part of the engineering function, not planning. This section, which discusses power factor, 
power factor correction, and voltage regulator application, could fit in many places in this 
book. It has been included in this chapter to emphasize that while volt-VAR control is 
implemented on an engineering basis, its application is a strategic factor to be included in 
the planning of the power system and to be specified on an overall basis in the distribution 
plan. 

Power factor is the ratio of the effective to the total current on a line, the difference due 
to lagging (or leading) current phase with respect to voltage phase. illustrates a 
typical situation. Due to VARs causing an 80% power factor, a feeder with a 6 MVA 
capacity limit can deliver only 4.8 MW. 


Why VAR Flow Occurs 


The phase of an alternating current usually lags the phase of the alternating voltage, 
particularly through any “wound” device or other apparatus that depends on magnetic field 
interactions for its operation (e.g., transformers, motors). The concept of current “inertia,” 
while theoretically unjustifiable, works well as an intuitive guide to VAR flow; current 
takes awhile to move through any device that creates a magnetic field, even as the voltage 
(pressure) acts instantaneously. Thus, current lags behind the voltage rise and fall. 
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3.6 MVAR 


Figure 9.12 A line carries 6,000 kVA at 80% power factor, delivering 4,800 kW of effective power 
along with 3,600 in KVAR flow. 


Actually, a type of inertia is involved in the magnetic fields which link the voltage and 
current flow inside devices such as transformers, reactors, and motors. Time is required to 
disturb the magnetic domains in core materials and magnetically switch them back and 
forth to create the alternating fields. These magnetic domains, though small, are physical 
entities and are immensely large (orders and orders of magnitude) compared to the quantum 
scale. Their “activation time” is often measurable in milliseconds, and being that a power 
cycle takes slightly less than 17 milliseconds, these magnetic transition times have a 
decided effect, separating current from voltage. 

If a purely quantum-level magnetic material can ever be created, one in which magnetic 
fields are established only due to quantum effects, equipment such as motors and solenoids 
could potentially be built so they would cause no reactive load. (Such material, however, 
would be worthless for some applications, such as reactors, etc., where a reactive load is 
desired.) 


Effect of VAR Flow on Feeder System Economics 


Excessive VAR flow on a feeder “uses up” its capacity and increases both the voltage drop 
and percentage losses. For example, 4/0 ACSR overhead conductor has a nominal thermal 
capacity (Westinghouse “Blue” Book) of 340 amps. Therefore, a 12.47 kV feeder built with 
this conductor can deliver up to 7.34 MW at 100% power factor, but only 6.6 MW at 90% 
power factor, and only 5.14 MW if the power factor slips to 70% (at which point reactive 
and real current flows are virtually identical). In all three cases, the electrical losses on the 
feeder are identical, equal to 340 amps squared times the line’s resistance of .591 ohms per 
mile, or 68 kW/mile. However, since the amount of power delivered drops as power factor 
worsens, the percentage losses increase as power factor worsens. At 100% power factor, 
losses amount to only .92% per mile, but at 70% power factor, they have grown to 1.3% per 
mile. 

The relative impact of power factor on capacity and losses is independent of line size or 
type. A line built with the much larger 636 MCM ACSR conductor instead of 4/0 can carry 
up to 770 amps, at which it is moving 16.6 MW with 96 kW per mile of losses (.6% per 
mile) if power factor is 100%. Worsening power factor degrades the amount of power the 
line can carry and increases the percentage losses on this line, in exactly the same 
proportions as it does for the smaller conductor. 
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Power Factor and X/R Ratio 


While power factor’s impact on capacity and losses does not vary as a function of line size, 
its impact on voltage drop and load reach does, because it depends greatly on the 
conductor’s X/R ratio. The 4/0 circuit described above has an X/R ratio of 1.34 (Z = .590 + 
j-79 ohms per mile). At its thermal current limit of 340 amps and at 100% PF, this circuit 
creates a voltage drop of 2.7% per mile, for a thermal load reach of 2.8 miles. Voltage drop 
increases to 4.1% per mile at 90% power factor (1.8 mile reach) and 4.6% per mile at 70% 
power factor (1.6 mile reach). Load reach (thermal or economic) drops by nearly a factor of 
two as power factor worsens from 100% to 70%. 

A similar shift in power factor would degrade the performance of a larger conductor line 
much more. If built with 636 MCM conductor, this same line would have an X/R ratio of 
nearly 4.0 (Z = .16 + j.62 ohms per mile). At its thermal limit of 770 amps and at 100% 
power factor, it creates a voltage drop of only 1.7% per mile, for a potential load reach of 
4.3 miles. But if power factor slips to only 90%, voltage drop more than doubles — to 4.45% 
per mile — and thermal load reach drops to only 1.6 miles, the same reach the smaller line 
reached only when power factor slipped to 70%. By the time power factor reaches 70% on 
this conductor, voltage drop is 6% per mile, and thermal load reach is only 1.25 miles. Load 
reach drops by a factor of four as power factor worsens from 100% to 70%. The larger line, 
with a relatively high X/R ratio, is twice as sensitive to shifts in power factor. 


Shunt Capacitor Application 


Shunt capacitors inject a reactive component of current flow into the circuit at their location 
(Figure 9.13). Given that the poor power factor is due to lagging current (it usually is) and 
assuming the capacitor is appropriately sized, this will reduce VAR flow and consequently 
improve voltage, losses, and line capability. Figure 9.13 also illustrates an often overloaded 
detail of capacitor application: Capacitors are impedance devices. The 1,000 kVAR bank in 
this example will inject 1,000 kKVAR only if voltage across it is 1.0 PU, but due to voltage 
drop to this site, voltage is less and its injection is less. Such differences in injected versus 
rated capacity of capacitors are often important in detailed computations of their application 
or in decisions about exactly where to locate them. 


985 MVAR 


in Figure 9.12,|raising the power factor from 80% to 90%. This increases the real power that can be 
delivered to 5,400 kW, a 12.5% increase. 


Figure 9.13_A capacitor bank injecting 985 kVAR has been added to the situation originally depicted 
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Decreasing marginal effectiveness of shunt 
capacitors as power factor improves 


Only 985 kVAR was required to correct the power factor from 80% to 90% in 
and b.13 effectively “buying” planners 600 kW of additional capacity on this line segment, 
along with corresponding improvements in losses and voltage drop. Doubling that injection 
to 1,970 KVAR would improve power factor to 96%, and would “buy” only another 375 
kW of capacity. Tripling it, to 2955 kVAR, provides only a further 185 kW capacity 
increase. Due to the trigonometric relationships involved, capacitors are less effective at 
making improvements when power factor is already fairly good. 


Capacitor Impact 


The impact of a capacitor on a feeder’s VAR flow can be analyzed by any of several means. 
A very useful way, at least for conceptual study, is depicted graphically in Figure 9.14. 
Shown at the left in that figure is the VAR flow along a three-mile feeder with an even 
VAR loading of 2 MVAR/mile, for a total impact of 9 MVAR-miles (total shaded area). At 
the right, a 3,000 KVAR capacitor bank located one and one-half miles from the substation 
corrects power factor at its location to 100%. Note that: 


VAR flow upstream of the capacitor is reduced by 3,000 kVAR. 
VAR flow downstream of its location is not affected at all. 
MVAR- miles are cut in half, to 4.5 MVAR-miles. 


A. No capacitor B. 3,000 kVAR at 1.5 miles 
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Figure 9.14 (A) A three-mile long feeder trunk has a power factor of 70.7% (real and reactive loads 
are equal) both evenly distributed at 2,000 kW and 2,000 kVAR/mile. VAR load is shown at the top, 
and voltage drop profile at the bottom (the uneven slope is due to different size conductors). VAR- 
miles total nine. (B) A 3,000 kVAR bank located half way out the feeder corrects power factor at its 
location to 100% and power factor as seen at the substation to 89%. MVAR-miles are cut in half, and 
voltage drop at the end of the feeder improves by nearly two volts. 
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A. 3000 kVAR at halfway point B. Incremental move toward feeder end 
6 3,000 KVAR 
Capacitor Bank 
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MVAR flow 
MVAR flow 
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C. “Optimai” location for a 3,000 KVAR 
capacitor bank: at 2.25 miles 
6 


3,000 kKVAR 
Capacitor Bank 
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MVAR flow 


Figure 9.15 A shift in location from the halfway point (A) to farther out the feeder (B) adds the 
MVAR-miles shown as darkly shaded and removes the MVAR-miles shown unshaded. The net result 
is a reduction in overall MVAR-miles and an improvement. The 3,000 kKVAR capacitor in this 
analysis can be “moved” in small increments until the marginal gain and loss of any further movement 
are equal, at which point it is at the best location, in this case 2.25 miles from the substation (three- 


quarters of the way toward the end), as shown in (C). 


“Optimal” size of 4,500 kVAR 


4,500 KVAR 
Capacitor Bank 


Increase in size to 4,000 kKVAR 


4,000 kVAR 
Capacitor Bank 
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MVAR flow 
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Figure 9.16 Similarly, the “optimal size” for a capacitor at the halfway point on the feeder can be 
found by comparing the MVAR-mile areas gained (dark) and given up (no shading) as the capacitor 
bank size is changed. The indicated best size for a capacitor at the halfway point is three-quarters of 


the VAR load, or 4,500 KVAR. 
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Estimating the optimal location and size for capacitors 


It is the cumulative impact of VAR flow along a feeder (MVAR-miles) that is mostl 
responsible for degrading electrical performance. The graphical method depicted in Figure 

depicts this directly and is useful for estimating how moving the capacitor bank to 
other locations might improve a feeder’s electrical performance, as illustrated in 
Analysis of incremental changes in location can be used as a guide in determining an 
“optimal location” that minimizes MVAR-miles on the feeder. As shown in Figure 9.15, 
the best location for a 3,000 kKVAR capacitor bank in this example is three-quarters of the 
way out the feeder. Similarly, analysis of incremental changes in size can help identify the 
best size for a capacitor at any particular site, as shown in Simultaneously, 
varying both the size and location identifies their best combination, in this case, a bank 
equal to 4,000 kVAR (two-thirds of the total VAR load) located two miles from the 
substation (two-thirds of the way from the substation to the end of the feeder — the two- 
thirds rule. 


The Two-Thirds Rule for Capacitor Application 


A traditional rule-of-thumb for capacitor application to a feeder is to “place a capacitor 
equal to two-thirds the VAR load of the feeder at a point two-thirds of the distance from the 
substation.” The graphical method of capacitor impact analysis, or an algebraic equivalent, 
can be used to confirm that this minimizes the total MVAR-miles, given that the VAR 
loading is uniform.’ Configuration (C) in Figure 9.15 shows the MVAR profile for this 
application, which reduces MVAR-miles on the feeder to one-third of their uncorrected 
total. Figure 9.16 shows the impact of making other selections. 


Multiple capacitor banks and the general form of the two-thirds rule 


The impact of two capacitor banks can be similarly represented graphically, as shown in 
Inspection of such graphs, or algebraic manipulation that accomplishes the 
same purpose, can establish that for a feeder uniformly loaded with a VAR load of Q, the 
optimal sizing and locations for N banks is 

Size of each of N banks = 2/(2N+1) x Q (9.3) 

Locations = n x 2/(2N+1) x L from the substation, for n = 1 through N (9.4) 
As a result, the MVAR-miles on the feeder are reduced from (QxL)/2 to 

Total MVAR miles = 1/(2N+1) x (QxL)/2 (9.5) 
Thus, the best two-capacitor solution here is two equally-sized banks of 2/5 the VAR load 
of the feeder, located 2/5 and 4/5 of the way from the substation, which reduces MVAR- 
miles to 1/5 of their previous level. The best three-capacitor solution is banks of 2/7 the 
VAR load, at 2/7, 4/7, and 6/7 of the length of the feeder, reducing MVAR-miles to 1/7 of 
their uncorrected level, etc. 

Note that correct sizing of N capacitor banks calls for a total VAR capacity equal to 
2N/(2N+1) times the feeder’s VAR load, thereby reducing the feeder’s total VAR load to 
1/(2N+1) of its uncorrected value. The correct locations for these capacitor banks will allow 
this amount of correction to make a similar reduction in feeder impact, but can do no better 


than an equivalent amount of reduction (i.e., optimal placement will reduce the MVAR- 
miles also by a factor of 2N/(2N+1), to 1/(2N+1) of their uncorrected total). 


> See for example, Fundamentals of Power Distribution Engineering by J. J. Burke, Marcel Dekker, 
1993, pages 93 through 95, for a basic algebraic derivation of a single-capacitor case. 
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Figure 9.17 The generalized “two-thirds” rule for capacitor sizing and placement. (A) One capacitor, 
equal to 2/3 of the VAR load, located at 2/3 of the feeder length. (B) Two capacitors, each 2/5 of the 
VAR load, at 2/5 and 4/5 of the feeder length, respectively. 


“Optimum” ts a Capacitor Equal to 7/8 


Even Area Distribution Over a 
of the kVARS at 3/4 Distance Along Trunk 


Triangular Service Area, Large Trunk 


Figure 9.18 A large trunk feeder serving a triangular service has a VAR flow along the feeder trunk 
like that shown at the left. A capacitor equal to .87% (7/8) of the feeder’s VAR load, situated 75% 
(3/4) of the way toward the end of the feeder is the best single-capacitor solution to reduce the 


MVAR-miles. 


“Optimum” ts a Capacitor Equal to 100% 


Express Feeder For 1.66 Mile, 
of the KVARS at 78% Distance Afong Trunk 


Even Distribution Thereafter 


MVAR flow 
of =~ SO | ff OH 


Figure 9.19 Many feeders have an “express” portion, a certain length out from the substation on 
which no load is placed. None of the load (and VAR load) will be on this portion. All will be on the 
end portion. Left, VAR flow on a three-mile feeder trunk when the first 1.66 miles is express and a 6 
MVAR load is spread evenly over the final 1.33 miles. Among single-capacitor applications, a bank 
equal to 100% of the feeder’s VAR load, located 77% (7/9) percent of the way out the feeder, reduces 


MVAR-miles to 1/7 their uncorrected value. 
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Capacitor Application When Loading Is Uneven 


The two-thirds rule applies to situations in which the VAR load on a feeder is continuous 
and uniformly distributed, otherwise it is at best approximate. Some feeders have so many 
loads scattered throughout that they can be modeled as having a continuous distribution of 
VAR load. However, most feeders do not have an evenly distributed VAR loading on their 
trunk, and so the two-thirds rule is not completely applicable. While the two-thirds rule 
does not apply to these cases, the graphical method (or its algebraic equivalent) which 
applies the concept of MVAR-mile minimization can be used to develop guidelines for 
typical situations of uneven loading. 


Typical feeder situation 


If any one feeder configuration can be used as “typical,” it is most likely the large-trunk 
design serving a triangular service area, as discussed in and depicted in the 
bottom of As shown in uniform area loading (a uniform VAR 
loading per length of lateral) results in an uneven distribution of VAR load on the feeder 
trunk, with a majority toward the end of the trunk. The capacitor application to minimize 
MVAR-miles in this case is a bank equal to 7/8 the VAR load of the feeder, located 3/4 of 
the distance out from the substation. This reduces MVAR-miles to 2/9 of their uncorrected 
total. This rule is generalizeable to all trunks with “triangular” load distributions. 

This rule minimizes only MVAR-mile flow on the feeder trunk. No consideration of any 
minimization of VARs for the laterals is given in this example, for two reasons: (1) they are 
on laterals not influenced to any great degree by the capacitor and (2) they are very small 
lines whose impedance is mostly resistive so they are not overly sensitive to VAR flow. 


Express feeder application 


Often a feeder is deliberately designed with no load on the portion of the feeder trunk for 
the first mile or so out from the substation. This results in a very uneven loading for the 
feeder trunk, as shown in While the best size and location for a capacitor 
depend on the VAR load, length of express trunk, etc., if the express portion of the feeder 
represents a significant portion of its length, then the optimum capacitor location is usually 
at the half-way point of the remaining (non-express, loading) portion of the feeder. Note 
that in Figure 9.19, the capacitor is located in the middle of the 1.33 mile portion of line 
which has load. Situations with express trunks of one, one and one-half, and two miles also 
conform to this rule. Generally, if the express portion is greater than one-third the length of 
the feeder, then the optimum capacitor bank size is usually 100% of the feeder VAR load. 


Generally: use more than two-thirds the kVARs 
located at more than two-thirds distance 


Due to their area geometries and typical layouts, most feeders have a loading biased toward 
the end of their trunks and branches (see Chapter 13, particularly Figure 13.2). As shown by 
the two unevenly loaded examples given above, MVAR-miles in many actual situations are 
minimized by applying more kVAR capacity than the two-thirds rule recommends, at a 
distance slightly farther away from the substation than that rule recommends. 


General Guidelines Based on the Two-Thirds Rule 


The MVAR-miles minimization method used above is basically a more flexible application 
of the two-thirds rule, which can accommodate uneven VAR loadings. Thus, the following 
guidelines can be thought of as corollaries to the two-thirds rule, applicable to situations 
distribution planners are more likely to face. 
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On typical feeders (large trunk, triangular service area), the best single 
capacitor solution is a bank size equal to 7/8 of the feeder VAR load, 
located 3/4 of the way out the feeder. The best two-capacitor solution is 
45% of the VAR load at .53 the length and 50% load at .90 the length of the 
feeder. 


In cases where an express feeder trunk is used, the best single-capacitor 
bank application is usually a bank size equal to the VAR load of the feeder, 
located at the halfway point of the load. The best two-capacitor solution is 
banks equal to half the VAR load at the 1/4 and 3/4 points on the loaded 
portion’s length. 


Correct any large VAR load at its location. In most cases, a large or special 
load will create a very large VAR load at any one point on the circuit. 
Analysis using the graphical method (or any other technique) will show that 
the best strategy for minimizing its impact is to install capacitor equal to its 
VAR load at its location (i.e., cancel the VARs at their source). 


Practical Guidelines on Capacitor Application 
Application to feeders with branches 


Most feeders have several major branches. The graphic method can be used to picture the 
VAR loading on such feeders and to study the impact of various combinations of 
application, as shown in Figure 9.20. However, the situation with almost any branched 
feeder is complicated to the extent that simple analysis of the type described here is not 
likely to yield a completely satisfactory result. Generalizations about results are not 
possible, although use of the 2/3 rule on each branch of a large feeder is a feasible way to 
begin manual application studies. 


One Mile 


Figure 9.20 A three-dimensional perspective of the MVAR-miles impact on a feeder with two 
branches and capacitors at locations A, B, C, and D. Vertical axis is VAR load. Although the graphic 
method shown here is useful for picturing VAR flow on a branched feeder, most branched-feeder 
situations are too complicated to permit application of simple rules for its use as a planning tool, as 
illustrated earlier for single-trunk layouts. 
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Capacitors: never on a lateral 


Capacitors are rarely installed on laterals for four reasons. First, the load (VAR or 
otherwise) on most laterals is usually quite small, far below the minimum size of a 
capacitor bank. Thus, installing them on a lateral almost always grossly “overcorrects” 
power factor locally. While such capacitor placement may still improve overall feeder 
power factor, it is most often decidedly non-optimal. Second, laterals are most often single- 
phase. While capacitors can be utilized as separate phase installations, they are less 
expensive and their impact on imbalance is easier to anticipate and control if they are 
installed as three-phase units on three-phase portions of the system. Third, capacitors should 
be installed only where they can be reached with bucket trucks, etc., to perform 
maintenance. Many lateral locations are impossible to reach with such equipment. Finally, 
laterals usually have low X/R ratios. Reactive flow does not impact them relatively as 
much, and economics are not as much in favor of their utilization. 


Incremental sizes and maximum sizes 


Capacitors are usually available only in standard unit sizes (e.g., 100 kVAR/phase units at 
12.47 kV), and there is a limit to the size of bank that can be installed at any one location — 
typically no more than five to six units per phase. In addition, fault duty of capacitors must 
be considered. Large banks may have intolerably high fault currents. These practical 
realities often fashion the “optimal” solution to a capacitor application problem. In the 
example used here, the best practical application, based on the two-thirds rule, is to use 
three capacitors of 1800 kVAR (slightly larger than the rule’s specification of 1714 kVAR 
each) located as specified by the rule at 2/7, 4/7, and 6/7 of the feeder length. Figure 9.21 
shows this example, which will be the basis of the capacitor switching examples used later 
in this section. 


Three 1800 kVAR 
Capacitor Banks 


> 


MVAR flow 
ee 2) 


Miles. 


Figure 9.21 The best practical application to the evenly loaded trunk example top left) 
is three capacitors. Any fewer and the required amount of kVAR/bank exceeds the maximum size 
permitted. They are located as specified by the two-thirds mule at 2/7, 4/7, and 6/7 of the feeder’s 


length. 


Copyright © 2004 by Marcel Dekker, Inc. 


320 Chapter 9 


How Good Is the Two-Third’s Rule? 


Like any rule of thumb, the two-thirds rule and its various corollaries have limitations, and 
there are frequent exceptions where they are not applicable. However, as an overall guide 
for capacitor utilization, they are as dependable as any simple guidelines and by far the best 
easy-to-apply capacitor guidelines available. 

The most important point about the two-thirds rule, and the graphical-algebraic 
interpretation of it described in this section, is that it addresses the real issue at hand, which 
is minimizing the impact of VAR flow on the feeder, and not just correcting power factor. As 
was illustrated by the plotted graphs of VAR on feeders given earlier, the 2/3 rule tries to 
reduce the MVAR-miles to a minimum. Given a uniform VAR loading along the feeder 
trunk, this will result in a series of similarly sized and shaped triangular areas — three in the 
case of a single capacitor, five in the case of two capacitors, seven for three capacitors, and 
so forth. (For non-uniform distributions, no such simple geometry exists.) 

Table 9.5 shows how various “two-thirds” rule applications reduce MVAR-miles on 
both evenly loaded and “typical” feeders. The two-thirds rule and its variations also correct 
overall power factor (as seen at the substation) to a very high level in nearly all 
circumstances (Table 9.6). 


Table 9.4 Expected Reduction in MVAR-Mile Flows from Application of the 
Two-Thirds Rule as a Function of Number of Capacitors 


Number of Percent Reduction in MVAR-Mile Flow on Trunk of: 


Capacitors An Evenly Loaded Trunk A Typical Feeder 
1 66 cgi 
2 80 87 
3 86 93 
4 89 95 
5 91 96 
6 93 97 


Table 9.5 Corrected Power Factor at the Substation After Application of the 
Two-Thirds Rule as a Function of Uncorrected Power Factor 


Uncorrected Power Factor at the Substation After Application 
Power Factor With One Capacitor With Two Capacitors 
90 99 100 
80 97 99 
70 95 98 
60 | oF 
50 87 94 
40 80 91 
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Shortcomings of the two-thirds rule 


The graphical MVAR-mile minimization method used in the examples above is a very 
useful mechanism for illustrating the basics of VAR-capacitor interaction, and for deriving 
“first order” approximate guidelines, such as the two-thirds rule, for capacitor application. 
A number of important factors are not considered, however: 


Complex power flow. Actual power flow is complex. The MVA-mile analysis 
deals with only one dimension — VARS — without recognizing that its impact, 
or importance, is somewhat a function of the real power flow, too. Looking at 
the MVAR-miles of the corrected single-capacitor case (Figure 9.17), the rule 
treated those MVAR-miles near the substation as just as important as those 
far from the substation (specifically for this example, with those in the 
farthest third of the feeder). In fact, in many situations, it is slightly less 
important to minimize those near the substation because (in this example) 
they are being combined with three times as much real power, and the 
resulting trigonometric relationships mean the VARs contribute less impact to 
worsening flow. (The power factor profile in B illustrates the 
difference — 95% PF at the substation and 70% at 2+ miles.) 


Economics. The value of VAR reduction depends on the cost of losses and the 
need for the additional capacity and reach “released” by the improvement in 
power factor. Capacitor application ought to be based on economic benefit 
versus cost analysis. 


Line impedance. Both the response of a feeder to changes in VAR flow and 
the importance of reducing VAR flow vary depending on the impedance of 
the various line segments, whereas the approximate method essentially treats 
all portions of the feeder as equivalently important. 


Discontinuous Load. Actual kW and kVAR load on a feeder is discontinuous, 
whereas in all the representations given here, it is modeled as continuous. 


Detailed analysis of capacitor interaction for each specific feeder, taking into account all of 
the above, is necessary to optimize capacitor application. Software to accomplish this task 
reliably and practically is available. It can often improve upon the economic savings 
rendered by the two-thirds rule and its derivative by useful margins ~ 10 to 15%. 


Power factor profiles 


The example power factor profiles shown in Figure 9.22 demonstrate an important point; 
even feeders with good power factor correction at the substation have portions that are not 
corrected well. Thus, while power factor is corrected to better than 90% on a majority of the 
three corrected cases shown, there are places, particularly at the feeder’s end, where power 
factor is much lower. 


Power factor can be corrected to an average 90% 


Either of the two lower examples in Figure 9.22 has a corrected power factor, averaged 
over its length, of about 90%. Application of the two-thirds rule results in correction of to 
an average near 90%. This is the basis for the assumption used in Chapter 11’s|computation 
of conductor economics that power factor is 90%. 
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Figure 9.22 (A) Power factor profile for a distribution of 2 MW and 2 MVAR/mile along a three-mile 
feeder whose MVAR-miles were plotted in Figure 9.14A] (B) The same after correction with one 
capacitor according to the two-thirds rule as shown in (C) The same after correction 
with two capacitors according to the two-thirds rule as shown in Figure 9.17B. (D) Profile of the 
Jarge-trunk, “typical” feeder in after correction. 


Using Switched Capacitors 


Shunt capacitor banks may be unswitched, in which case they are in service all the time, or 
switched, in which case they are cut in or out of service as needed by any of several means 
of switch control. There are two reasons for switching capacitors, both related to the fact 
that load varies over time, and thus the needed kVAR correction changes with time, too. 


Voltage rise above permitted limits 


In some cases, when the load is quite low, shunt capacitors can boost voltage above 
permitted levels. In such cases, they must be switched off when the nad is low. The voltage 
boost (120 volt scale) at the end of a feeder, due to a capacitor, can be estimated as 


Voltage rise (120 volt scale) = .12(CKVA x XV(kV’) (9.6) 


where X is the line reactance to the capacitor location and CkVA is the capacitor’s capacity. 
For example, 4,000 kVAR at three miles on a 12.47 kV feeder with X = .68/mile would 
boost voltage about 6.31 volts.° At very light load conditions, voltage drop to the feeder’s 
end might be only a volt, meaning that if the substation is maintained at 125 volts, the 
feeder’s end would reach over 130 volts. Under light load conditions, this bank must be 
switched off. 


® Normally, capacitor banks are not this large, something that is discussed elsewhere in this section, 
but this example illustrates the principle. 
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Figure 9.23 (A) Load curves measured at the head of a feeder serving 1350 large, single-family 
residences in an older area of a city on the US gulf coast, on a peak day when temperature reached 102 
degrees F and humidity averaged 98%. (B) Load curves for the same feeder during an off-season day, 
with far less air conditioning load. 


Power factor correction, fixed capacitors, and load variations 


But there are additional economic and electrical benefits that accrue from operating 
capacitors only during peak VAR periods, even if during off-peak periods voltages do not 
rise to unduly high levels due to static installation. The capacitor size needed to correct 
power factor during peak conditions may seriously overcompensate during off-peak 
conditions, increasing losses. 

Figure 9.23 shows real and reactive loads for a residential/commercial feeder in a city 
along the Gulf of Mexico in the southern United States. During summer peak, power factor 
drops to 68%, when peak reactive load (6.01 MVAR at 2 PM) actually exceeds real load 
(5.89 MW) for a brief period. While extreme, this situation is not unusual: Power factors 
approaching 70% occur on many feeders in the southern US during summer due to the high 
reactive loads of air conditioning induction motors, which are at maximum mechanical load 
during very hot, humid periods and operating at marginally low voltages during peak. Off- 
season, both real and reactive loads are far below their summer values, but VAR load 
lessens more, so that power factor is never less than 80%. 

Suppose that the example feeder used earlier in this chapter had its uniform distribution 
of real and reactive loads following the variations shown in Figure 9.23’s load curves. 
shows the VAR flow on the feeder that will result at the time of minimum 
annual load, from the three capacitors specified by the two-thirds rule applied to peak 
conditions (Figure 9.23). The (leading) power factor at the substation is 50%, and is as poor 
as 25% near the end of the feeder. 


Determining if capacitors should be switched 


The situation shown in Figure 9.24 must be kept in perspective in order to understand why 
the distribution planners may wish to use switched capacitors. Unless there is some special 
aspect or constraint to this particular feeder not included in this example, this feeder will 
operate within loading and voltage specifications with this three-capacitor configuration 
operating during off-peak conditions. Even during the annual minimum, with the gross 
over-correction of power factor made by: the three capacitors, the MVAR-miles are reduced 
from peak conditions (from 9 MVAR-miles to slightly less than 7), and because the load 
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Figure 9.24 The feeder/capacitor combination from during annual off-peak hour (early 
morning in Figure 9.23 B). Due to severe over-correction of VAR flow, power factor at the substation 
is only 50% (leading) and is as poor as 25% (at the capacitor location farthest from the substation). 


itself is greatly reduced, the magnitude of current flow during off-peak situations is much 
less. Thus, despite the poor power factor, current flow and voltage drop under these 
conditions will be less than at peak: Thus if the feeder can serve the peak conditions within 
loading and voltage drop specifications, it can do so at this time, too. 

But the power factor itself might be objectionable. Near the end of the feeder, the 
capacitors have shifted power factor to .25 leading, a phase shift between current and 
voltage so great that it is likely that a good portion of electronic power supplies will not 
operate properly, and many other apparatus including motors and other devices will find the 
leading power factor not entirely to their liking. 

But forgetting that objection to leaving the capacitors as static installations, the planners 
in this particular case should focus on an important point: the annual cost of losses with 
these capacitors left in place (static) is higher than annual losses cost when no capacitors are 
installed.’ This static capacitor “solution” may solve intolerable operating problems during 
peak conditions, but its cost is an increase in annual losses cost. 

In this case, one or more of the capacitors should be switched, both to avoid the 
dramatically low power factors caused during off-peak periods and to lower losses costs. 


Manual, automatic, or automated switching? 


Capacitors can be switched in one of three ways: manually, automatically, or as part of an 
automated distribution system. 

Manual switching. One option for switching the capacitor in the example above is for 
planners to call for it to be manually cut in and out of service on a seasonal basis. This 
requires a service crew to visit the capacitor site twice a year to cut the capacitor’s 
disconnects in and out of service with a hot-stick, short-duration tasks that will probably 
incur an annual cost (depending on accounting procedures) of from $100 to $400. In this 
case, based on an actual engineering project, this was the author’s recommendation. Manual 
switching of capacitors is often overlooked by distribution planners and engineers, 


” Details on 8760 hour load curve shape sufficient to reach this conclusion have not been provided 
here. This example is based on an actual capacitor switching study in which the annual feeder losses 
increased by 210% with the capacitor in place. 
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particularly in a world full of automation options, but it has several virtues: there is no 
capital cost for switching equipment, the marginal cost of labor for the switching is often 
nil, and it is very flexible. 

Automatic switching. Capacitor banks can be fitted with automatic switches controlled 
by any of several means of local (autonomous) control. Popular means of control are 
voltage, temperature, current, time of day (sometimes done by photocell), or power factor. 
Each has advantages and disadvantages with respect to the others. All have two 
disadvantages: maintenance costs and inflexibility. 

The author will admit to a strong prejudice against switched capacitor banks on the basis 
of reliability problems often encountered, a prejudice based upon his experience while 
working both on utility line crews and as a distribution planner early in his career. Capacitor 
switches under local control cycle several hundred times per year, and they often 
malfunction due to any of several possible failure modes.® If one of the three (phase) 
switches required at any bank fails, it creates severe imbalance which defeats much of the 
purpose of the bank and may contribute additional operating problems. Beyond this, if the 
switches are operating properly, the control itself may fail. As a result, in order to assure 
operation, switched capacitors must be visually inspected several times a year to guarantee 
they are operating properly. This annual inspection cost is roughly the same as the cost of 
switching them manually twice a year. 

In addition, another frequent problem with automatic switching is encountered when 
feeder segments are switched. A capacitor bank may have been programmed (its voltage or 
current sensing control set to a certain limit) based on the original feeder configuration. 
When the feeder is re-configured through re-switching, these may be quite inappropriate. 
Few utilities re-compute and re-set capacitor switch controls after re-configuring feeder line 
switches. 

Automated distribution. Remote control of capacitor switches from a central location 
using an automated distribution system provides results superior to anything possible with 
automatic switching. To begin with, the automated distribution system can sense whether 
the capacitors are being switched, identifying when failures occur. This both assures 
operation that is as expected on a continuing basis and negates any requirement for manual 
inspection. 

But more important, the capacitor switching can be coordinated with that of other 
capacitor banks, LTCs, and regulators on the feeder, so that the overall! volt-VAR control 
scheme is optimized. Whether the automated control of capacitors is justifiable on the basis 
of cost is something that must be determined through detailed study. However, given that a 
communications system already exists or can be upgraded at low cost, automated control is 
less expensive than automatic control, and provides superior control (lower losses, tighter 
voltage control, and higher utilization factors). 


Analysis of switching — if and how often? 


Using data on the 8760 hour behavior of the load curve, it is possible to evaluate the benefit 
of various capacitor applications and switching schemes to determine if automatic 
switching, manual switching, or static capacitors is best. Such analysis should_be done 
using the actual load curves, not on the basis of load duration curve analysis. 
shows the result of a comprehensive analysis of several capacitor switching schemes for the 


8 A survey the author made at one utility in the early 1980s indicated that slightly more than one-third 
of all switched capacitor banks were not switching properly due to mechanical failure, vandalism, or 
weather damage of one type or another. 
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example feeder. In this case, manual switching of two of the banks on a seasonal basis — on 
for four and one-half months, off for seven and one-half — proves effective and less 
expensive (this is not the case in all situations). 

The manually switched case calls for the banks nearest and farthest from the substation 
to be switched out of service during all but the peak season. This is the best overall 
compromise, so that over correction during the off-peak season is tolerable. This results in: 


e a 23% increase in MW capability of the feeder during peak conditions, as 
compared to the uncorrected case 


e correction of power factor at the substation during peak conditions to 98% 
® over correction off-peak to no worse than 85% PF (leading) at the substation 


e a worst PF on the feeder during off-peak periods of no more than about 70% 
(no worse than normal, but leading instead of lagging) 


e a reduction in losses during the peak season worth $3250 annually (enough 
to cost justify the capacitors on this basis alone) 


During off-peak season, the single capacitor in place will overcorrect during minimum 
load conditions, with the worst overcorrected power factor on the feeder (at the capacitor’s 
location) being an overcorrected 70% and that at the substation being an uncorrected 89%. 
But during peak daily conditions during the off-peak season, this single capacitor corrects 
power factor from 83% to 96+% and lowers losses by noticeable amounts. Overall, its 
contribution during the eight off-peak months of the year is close to neutral — it overcorrects 
as much as it corrects, but it is not worth the cost of switching it in and out on an annual 
basis. 

In general, widespread application of automatic switched capacitors justifies itself only 
in cases where losses costs are high and inspection and maintenance costs are low. 


Table 9.7 Comparison of Several Capacitor Switching Alternat? ss 
for the 3 x 1,800 kVAR configuration 


Capacitor Times Change in Worst PF 
Switching switched annual MVAR- due to over- 
Scheme per year miles (%) correction 
Static none + 42% 25% 
Static, only half the VAR size* none + 6% 45% 
Manual, #s 1 and 3 (see text) 2 - 18% 85% 
Automatic 

current, #3 only 260 -4 55% 
current, #s I and 3 226/204 - 26% 85% 
current, all three 208/174/192 - 27% none 
temperature, al] three 190/160/140 -20 none 
Automated, #s 1 and 3 240/182 -27% none 


Automated, all three 262/200/104 -28% none 


* Provides insufficient correction during peak. 
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Figure 9.25 The linearized “cost curve” from the conductor economics method to be covered in 
and along with curves recomputed for assumed power factors of 70%, 80%, and 
100%. This shows the importance of setting strategic targets for power factor correction throughout 
the feeder system. Higher power factor yields a lower slope, a higher limit to the top of the linear cost 
range, and a less exponential “high cost range.” If 100% power factor could be achieved throughout, 
overall costs would be lower and large conductor lines would be the most economical rather than the 
least economical option. However, obtaining such high power factors over any feeder’s length is 
practically impossible (see text). 


Strategic Planning of Capacitors and Power Factor 


In general, recommended practice for capacitors is to include them in the strategic planning 
of the distribution system, setting targets and policies for their inclusion in the layout of the 
system as part of the overall standards and planning guidelines. The goal ought to be to 
optimize the economic utilization of power factor correction, taking into account the 
reduction in losses, the improvement in load carrying capacity, and the improvement in load 
reach that result from correction of poor power factor. Details of how capacitors are utilized 
on each feeder can be left to engineering studies done prior to construction, but the 
interaction of the overall target in power factor correction and capacitor application must be 
considered in establishing conductor loading tables and economic loading ranges. 

As shown in Figure 9.25, the degree of power factor correction that is expected 
influences the economics that can be depended upon by the planners. Generally, it is 
possible to depend reliably on correction of power factor to 90% during peak conditions, 
but no more. The benefits of very tight.control to maintain power factor close to 1.0 are 
obvious from Figure 9.25: The slope of the power versus cost curve drops, and the end of 
the economical range rises as power factor is improved. If power factor could be kept to 
exactly 1.0, larger conductor lines (those with high X/R) have a longer reach than smaller 
lines. 

However, from a practical standpoint maintaining a perfect power factor is impossible. 
That requires much more than just corrected power factor to 100% at the substation. That 
can be done with tight monitoring and staged switching of capacitors. But to achieve the 
conductor economics shown for a power factor of 1.0 in Figure 9.25, power factor must be 
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kept within 98.5 or better everywhere along the feeder. Note the power factor profiles in 
to see how difficult this would be: it would require a multitude of very small 
banks spaced at short intervals along the feeder, many of them switched in increments as 
the load changes. From a practical standpoint, maintaining power factor at 90% or better is 
about the best target planners can expect. 

Regardless, most important is the establishment of guidelines on reduction of MVAR- 
miles (power factor profile). Such correction to whatever level works out as optimal on an 
economic basis can then be depended upon in the rating of conductors and layout 
equipment. The assumption of 90% power factor used in the economic evaluation of 


conductors carried out in and [.2|is an example. 
Voltage Regulators 


A voltage regulator placed strategically can nearly double the reach of the particular path it 
lies upon. For example, 12.47 kV feeders built with typical overhead conductor types and 
evaluated with typical utility financial factors have an economical load reach of about 3.5 
miles. A regulator placed at the end of this distance, where voltage drop reaches the 
maximum allowed, can boost and control voltage, allowing another 3.5 miles of power 
flow. Losses and maintenance costs are higher, and capital cost lower than alternatives that 
handle the job with larger conductor, but in cases where voltage problems evolve due to 
growing load on a system already in place, regulators are the lowest cost option. 

Often, it is better to reserve voltage regulators as engineering tools to be used when the 
system’s capabilities are exceeded, rather than to plan for their use as a matter of policy as 
part of strategic planning, as is the case with capacitors: Regulators represent a low-cost, 
flexible way to accommodate the inevitable problems that occur unexpectedly. 


9.7 SUMMARY OF KEY POINTS 


Voltage drop is the fundamental resource that planners can use to move power. Voltage 
level and its stability are a fundamental element of good customer service quality: voltage 
drop cannot be too much or vary too widely. This two-sided nature of voltage drop can 
make power delivery planning, particularly at the primary feeder level, quite challenging. 

Load reach is a measure of the capability of a distribution system or set of components 
(e.g., conductors) to move power in a manner compatible with both economic efficiency 
and voltage quality needs of the power system. It is useful both as a concept for planners to 
bear in mind as they plan their system and as a tool for use in effecting least-cost plans. A 
key element of good, minimized cost plans is to use ioad reach concepts to assure overall 
compatibility of feeder layout and distances with other levels of the system. Generally, this 
means using all of the voltage drop available to the planner ~ or, in other words, building 
feeders out to the limit of their load reach. 

A good deal of other resources and equipment are available to augment and shape the 
voltage performance of primary feeders (Table 9.4). A distribution planner’s challenge is to 
combine their application in a manner that leads to low cost and sound voltage service 
quality, a topic which will be discussed at length throughout Chapters 11419] as well as in 
select portions of later chapters. 

VAR flow, due to both lagging load and complex impedances on a power system, 
contributes greatly to voltage drop and is controllable through the application of capacitors 
on the T&D system. The 2/3 rule provides useful insight in to both how capacitors affect 
improvements and how to utilize capacitors both in general and for specific applications. 

gives a one page summary of this chapters key points. 
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Table 9.8 One-Page Summary of Chapter 9 


Voltage and particularly voltage drop, is a resource to move power through a T&D system, 
something to be husbanded and used to optimal purpose in the planning of a power delivery system. 


Voltage flows “downhill” in a radial or loop distribution system and is mainly powered by voltage 
drop (as opposed to flow through a network that is a factor of phase shifts). 


Voltage profiles are plots often used to depict voltage and voltage drop as well as the effect of voltage 
control devices like capacitors on a radial or loop feeder circuit. 


Conductor tapering refers to a common practice of laying out radial circuits with bigger wire for the 
feeder trunk near the substation, tapering to smaller wire size as circuits reach farther areas of the 
feeder service area. Wire size (ampacity) tends to be rather proportional to loading along flow paths. 


Economic conductor sizing is a technique for optimizing selection of the line type (wire size) for 
each segment in a feeder system based on minimizing lifetime cost of the line segment. It results in a 
type of conductor tapering, with ampacities of about 2-3 times the peak load of each segment. 


Voltage drop per mile tends to be somewhat constant as a result of conductor tapering. 


Larger conductor has higher X/R ratios and consequently has poorer voltage drop per mile 
performance as compared to its ampacity. 


Load reach of a circuit or design is the distance it can move power before encountering the applicable 
steady-state voltage drop limit. Types of load reach definitions useful in planning are: 


thermal reach — the distance a system or circuit can move power at its thermal limits 
economic reach — the distance a system or circuit can move power at economic loading levels 
emergency reach — the distance a system or circuit can move power under contingency conditions 


Load reach is usually nearly constant over the range of distribution conductor sizes. 


Economic load reach is an inherent capability of a distribution system, to be applied artfully in 
order to achieve maximum economy of use. 


Overall lifetime cost of a feeder system is typically optimized or nearly so if the primary system is 
laid out so normal flow paths are right at the economic load reach limit under peak conditions. 


Load balancing is the most common and !owest-ccst means ci affecting voltage drop and loading 
control of systems that must handle iocal growth or loading changes. 


Artful use of configuration is typically the least well used technique for improving voltage and 
loading performance of feeders. 


Volt-VAR control using capacitors and regulators is impiemented as an engineering solution, but 
its application is a strategic factor that affects the economy and performance of the whole system. 


Capacitors are impedance devices, their performance depending on the voltage at their location. 


Capacitor effectiveness decreases as uncorrected power factor increases, and increases as it 
decreases 


The two-thirds rule and its generalized form (the 2/(2N+1) rule) are useful both as a concept for 
studying capacitor application on distribution systems and as an engineering tool for specific studies. 


Optimal siting and sizing in most real applications calls for slightly more kVAR capacity, slightly 
farther from the substation than the 2/3 rule dictates due to non-uniformity of loading. 


Widespread application of switched capacitors is usually only justifiable when losses costs are high 
and maintenance costs are low. 


Voltage regulators can nearly double the reach of a distribution pathway. 
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Distributed Resources 


10.1 MANAGING TWO-Q DEMAND ON THE CONSUMER SIDE 


A host of measures, often lumped together as “distributed resources,” can be applied to re- 
shape or reduce the demand of electric consumers, as well as to mitigate the impact 
interruptions and poor voltage have on their usage. These include conservation and load 
management methods that were traditionally known as Demand Side Management (DSM) 
as well as Distributed Generation (DG) and a number of power quality methods (PQM). 
Although diverse in nature and purpose, they all share two characteristics. They try to 
improve the value the consumer receives from energy in some manner, and they are 
implemented at or near the actual site of energy consumption. 

This chapter summarizes these methods and the interactions they have with distribution 
system planning. Section 10.2 begins with a brief review of demand, energy, and reliability 
control and management methods and technologies, including both what were traditionally 
called demand side management and newer power quality improvement systems. Section 
10.3 looks at conservation voltage reduction, a utility-implemented mechanism for energy 
and peak reduction that is complicated to analyze but potentially very useful. Distributed 
generation (DG) is then covered in section 10.4. Section 10.5 discusses energy storage 
systems. Planning methods to evaluate the appropriateness of these methods are then 
covered in section 10.6. This chapter is only a summary of key points. For more detail, 
readers should see the References. 


Counting “Nega-Watts” 


The energy not used and the peak load reduced due to a distributed resource program 
involving DSM are often referred to as “nega-watts.” One problem with DSM in the 20" 
century, and continuing today with energy management and demand interruption programs, 
was accurately counting these nega-watts. Reductions and benefits from many programs in 
the 1980s and 1990s were sometimes overestimated by mistake (see{Chapter 24), 

Monitoring technologies have improved somewhat since the 1980s and 1990s, but 
determining how many kilowatts of power usage are avoided, or how much the peak- 
demand-that-would-have-occurred is really cut, is still often a challenge with some 
distributed resources. Generally, only verification with DG is straightforward (the power 
produced by the generator can be metered) . 
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Planners and utility managers considering energy and peak load reduction measures for 
their systems today need to carefully consider verification and tracking issues from the 
beginning of any program. Measures to make certain both that the reductions are real and 
that they last for the period the utility has planned (often many years) need to be planned 
carefully. Monitoring and tracking systems are a critical part of any distributed resource 
program and need to be an integral part of the design of any program and one of the first 
aspects that should be designed and approved. 


Who Benefits from Peak Load and Energy Reductions? 


Who benefits has a good deal to do with who favors energy management and who will 
take an initiative to employ it. Measures that reduce total energy usage generally have a 
perceived value only to the consumer, not the utility. They reduce the consumer’s energy 
bill, certainly an advantage in the eyes of most consumers. But conversely they reduce 
utility revenues, which is certainly not an advantage from its perspective. 

Thus, usually it is energy reduction measures, as opposed to peak load reduction 
measures, that are most popular in a purely market-driven energy management 
environment. Items like insulation, compact fluorescent lights, and other measures that 
more than pay back their investment with energy savings have been steadily but slowly 
growing in market acceptance purely on the basis of their benefit to the consumer. 

By contrast, reductions in peak demand level are valuable mostly to just the utility. It 
can benefit because it does not need to invest in capacity to meet high, perhaps growing, 
peak loads nor pay for losses and operating costs driven high hy peak demand levels. 
Residential and small business energy consumers, who pay only for energy, not demand, 
see no savings from peak load reduction measures and have no incentive to implement it. 
Large commercial and industrial energy consumers do pay for demand, and therefore are 
usually directly interested in demand reduction programs. Regardless, since the majority of 
energy usage in many systems is residential, a utility may find that it has to promote peak 
reduction programs by using financial incentives and marketing them in a way that mirrors 
the “old fashioned” utility-sponsored DSM programs of the 1980s and 1990s. An important 
difference though is that modern utilities pretty much have a free hand to price these 
incentives and set up their peak load management programs in a market-respon:‘ve way 


10.2 ENERGY AND DEMAND MANAGEMENT METHODS 


Many distributed resource approaches aim to reduce energy and/or the peak demand. Figure] 
illustrates the general concept: a decrease in the area under the load curve indicates 
reduced peak load and load at time of peak (same as peak load in this case). Many of the 
modern methods employed were referred to as demand side management (DSM) during the 
1980s and 1990s. Whether aimed at reducing energy usage or cutting peak demand levels, 
these methods are often referred to as energy management methods. 


A Rose by Any Other Name 


During the 1980s and 1990s many utility regulatory agencies in the United States and other 
nations required electric utilities to promote energy management methods, referred to as 
demand side management, wherever it was cost effective. Definitions of what “cost 
effective” meant and how it was determined varied from state to state, but qualitatively the 
concept was the same in nearly every regulated venue. The electric utility was considered to 
be a steward of energy usage in its service territory and was expected to accept as part of its 
role the responsibility for seeing that its customer used, or at least had the option to use, 
energy in an efficient and cost effective manner. It was required to offer programs that 
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encouraged energy conservation, peak demand shaving, and waste reduction, when and 
where these programs passed certain evaluation tests of efficacy and economy. 

For example, an electric utility might be ordered to effect a program to help its 
customers insulate their homes to reduce energy usage. The utility company would be 
required to provide free advice as well as building and insulation evaluation services, to 
make available installation of insulation in homes and small businesses, and to offer 
financing of these to their consumers. Many states set targets for utilities based on studies 
of the potential reductions possible from such programs and required that the utilities 
offer incentives to customers to get them to participate. 

Thus, many residential energy consumers found themselves offered a reduction in 
electric rates as an added incentive to insulate their homes or participate in other 
programs with a similar spirit, programs which would ostensibly save them money even 
without that additional incentive. An entire industry grew up around these and similar 
utility DSM programs. Electric utilities found themselves in the business of actively 
promoting and even implementing measures to reduce the sales of the product they 
provided. 

Overall, these DSM programs were not a great success. Often the targets set by state 
commissions, and claimed to have been attained by utilities, were of doubtful legitimacy, or 
the program plans were simplistic to the point of guaranteed failure.’ Over the last two 
decades of the twentieth century, the term “DSM” gained a particularly bad reputation with 
utilities, not so much because of a lack of merit in the concepts or technologies employed, 
but because of the design, evaluation, and implementation that grew out of the regulatory- 
utility framework that usually gave birth to these programs. 

But in the author’s opinion, the major flaw with the entire DSM industry of the late 20" 
century was that it was not market driven: State commissions drove utilities to implement 
programs. Formulae used by commissions might-say that the DSM programs were cost 
effective, but the homeowners and businessmen clearly did not really think so. If they had, 
they would have embraced such programs wholeheartedly. 

This situation was often exacerbated by a particularly obnoxious and arrogant attitude 
that dominated some DSM programs. Utility DSM departments and regulatory 
commissions alike were sometimes staffed by fervent “energy conservation fanatics’’ who 
believed strongly in their cause and also were certain that consumers did not know what 
they were doing with respect to energy usage. Basically, consumers then, and today, knew 
one thing that dominated a lot of their energy usage decisions: electric energy (and gasoline, 
for that matter) is cheap enough to waste. To a majority of consumers, the matter was not 
that important, and the hassle associated with managing energy to the standards that the 
commissions mandated to utilities was just not justified in their eyes by the savings. But 
none of that should blind modern utility planners to the fact that many of those DSM 
programs were basically good ideas, measures that improved the quality of the end-use, 
reducing its cost, and offered improved value. In a de-regulated power industry where 
consumers have a choice of energy options, some of these programs — those that justify 


" See Chapter 29] on the ways that apparently objective planning studies can be either deliberately or 
inadvertently corrupted to produce optimistic results. In no venue has the author ever seen so much 
misrepresentation and mistake as in the evaluation of utility DSM potential and its accomplishment 
during the 1980s. Errors in “nega-watt” estimates, some deliberate but most due to a combination of 
optimism and naivete, often were close to 100%. Many of the examples discussed in Chapter 29 are 
taken from detailed “audits” of such programs done by the author once a utility or commission began 
to see that results did not match claims. 
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Figure 10.1 Energy reduction methods reduce the total energy usage, usually by lowering energy 
requirements every hour, as shown here for a daily energy curve. 


Table 10.1 Basic Types of Energy and Peak Load Reduction Methods 


Type of Consumer Reduces Driven by Improves Consumer Improves 
Method RC 1 Energy Peak Market Industry End Use? Hassle? Reliability? 
Appliance upgrade X x x x x me No Neo No 
Distributed generation x X x Yes Can be Yes 
Building insulation X X x X xX Yes Maybe No 
End-use storage xX X x x Marginally Maybe Yes 
Fuel switching XX X xX xX x Xx Maybe Canbe Maybe 
Interlocking Xx Xx x x No Can be No 
Lighting efficiency XX X x x xX x Maybe Minor No 
Load control XX x x No Can be No 
Motor/equip upgrade x X xX XxX x A bit Minor No 
Renewable energy XX X x Xx x x No Maybe Yes 
Site automation x X x Xx Xx xX Perhaps Yes Maybe 
UPS and PQ devices xX X X xX x Yes No Yes 
CVR | XX X xX xX x No No No 
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themselves to consumers — will see a resurgence as the industry begins to adjust to the 
opportunities created by de-regulation. The modern equivalent of DSM programs will 
succeed as market-driven services, when packaged and promoted by savvy energy service 
companies. 


Types of Energy Management Methods 


It is possible to list dozens, even hundreds of different energy management methods, but for 
the most part, consumer site energy management methods fall into broad categories, as 
shown in The table represents a modern, rather than a traditional (1980-1990) 
DSM perspective. It shows the type of consumer for which each category mostly applies, 
along with the author’s assessment, based on experience, of other salient characteristics. 
Size of the “X’” in a column indicates the relative strength or scale of that column’s 
characteristic with respect to that energy management type. Each of these categories is 
briefly discussed in the remainder of this section. 


Appliance upgrades 


As discussed in Chapters 2|and[3,|“‘appliance” is a category of electrical device that covers 
all manner of equipment that performs some useful end-use function or purpose for home or 
business. “Household appliances” such as refrigerators, microwave ovens, washer-dryers, 
and dishwashers fall into this category, as do “appliances” defined by a broader 
interpretation such as heat pumps, water heaters, air conditioners, garage door openers, 
computers and televisions, elevators, and so forth.” For purposes of this discussion, lighting 
is not considered an appliance (it is handled separately, below) but in many discussions of 
appliances in the broadest sense, it is considered a member of this family. 

Devices in many appliance categories vary considerably in their energy efficiency. For 
example, available window air conditioners on sale near the author’s home, at the time of 
this writing, vary from a SEER (seasonable energy efficiency ratio, a measure of efficiency 
in annual energy usage) of 8 to more than 11, a difference of more than 35%. Appliance 
upgrade means the replacement of appliances with equipment of similar end-use (i.e., AC 
for AC unit) but a higher energy efficiency. 

Energy and peak reductions. An “energy efficient” appliance is one that uses less 
energy in the course of the year, not necessarily one that uses less energy when running 
(i.e., has a lower contribution to utility peak load). Energy efficiency standards are based on 
annual energy use, not device load. For example, SEER replaced EER (energy efficiency 
ratio, a measure of the electricity an AC unit actually used when operating) as the measure 
of AC energy efficiency in late 1980s and early 1990s. 

Regardless, many appliance upgrade programs will reduce both energy and peak 
demand by roughly equal amounts. For example, some energy efficient window AC units 
both use less energy during an entire summer season and have a lower load when running. 

But very often an “energy efficient” appliance will not provide a reduction in peak 
demand just a reduction in energy usage over a period of a day of more. Planners should 
never automatically assume they render a reduction in T&D peak loads proportional to their 
energy reduction. In fact, some “energy efficient’ appliances increase peak demand. On- 
demand water heaters have no storage tank to gradually lose heat as most residential waters 


* By contrast, equipment used in manufacturing, process industries, and similar industrial venues are 
not appliances because most of it does not cleanly fit the “end-use” definition. Machinery such as 
rolling mills, welders, and so forth performs a useful function but generally not one that is directly 
associated with a completed end-use. 
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heaters do, and thus are more energy efficient over the course of a year. But they work by 
using a large heating element buried directly in the pipes leading to hot-water outlets, which 
uses from 15 to 25 kW, five times the load of a storage-tank residential water heater. 
Similarly, some types of variable-speed air conditioners and heat pumps actually use more 
electricity when running during peak periods. They gain their energy efficiency over a year 
because they can run at variable speeds to efficiently vary output (rather than cycling on 
and off like normal units, which wastes a small amount of energy) But motor-~compressor 
units that can be operated at variable speed are not as inherently efficient as constant speed 
units, and thus these units are less efficient (i.e., require more power) when running during 
hot (peak) periods. 

Energy efficiency technologies. There are two ways than an appliance’s energy 
efficiency can be increased so that an appliance can obtain added efficiency from one or 
both manners. First, the electro-mechanical efficiency of the device — the efficiency of its 
machinery in turning electricity into an end-use product (e.g., cool air, hot water, clean 
dishes) can be increased. This might be done by employing more efficient motors or pumps, 
or heat exchangers, or any of dozens of other “tricks” that appliance design engineers can 
employ to make the device more efficient in turning electricity into the gross end-use 
product produced by the device. Usually, these types of changes are responsible for any 
really significant possible improvements that can be made, those representing 20, 30, or 
40% improvements in energy, and peak load reductions of noticeable degree. 

A second form of improvement can be effected by increasing the device’s efficiency 
with respect to its environment or the actual duty cycle it will perform. For example, a 
dishwasher can be fitted with insulation and a vent to the outside so that heat does not 
escape into the kitchen around it to raise the temperature of room air that then has to be 
cooled. A computer can be built to “shut down” all but memory-maintenance activities in a 
computer when not being used, reducing its energy consumption by 80% when idle. A heat 
pump can be designed to start its compressors and heat them, several minutes before 
starting its blowers, marginally improving its performance. 

Usually, efficient appliances employ measures from both categories to gain their 
improved performance. However, appliance retrofit programs, which improve the 
efficiency of existing appliances in a home or business without replacing them, usually 
include only the later category of improvernent. The best example is “water heater 
wrapping,” which involves putting a blanket of insulation around the water heater tank and 
hot water pipes in a home or business. This cuts heat losses of a water heater by a small but 
noticeable amount (about 5-10%). It is economically justifiable because it is easy to do and 
inexpensive. Another example is “set back” thermostats, which save energy by scheduling 
home heating and air conditioners in a more efficient manner. 

Gradual trend of improvement. A very real appliance upgrade program in the residential 
sector has been implemented in the U.S. by action of the federal government. The Energy 
Efficiency Act (1993) set gradually increasing targets for efficiency of household 
appliances such as air conditioners and refrigerators. Over time, the minimum allowable 
efficiency of units remitted for sale in the U.S. is mandated to increase. Thus, as older 
appliances wear out, they will be replaced by more energy efficient devices. 

Technological advance provides something of the same trend, of a lower rate, through 
improvements made in appliances by manufacturers. For example, the efficiency of 
household kitchen refrigerators more than doubled from 1940 to 1990 (i.e., energy required 
for any amount of cooling fell by half). Since then government regulations have stipulated a 
slightly higher rate of improvement than this. 

Utility perspective and programs for appliance upgrades. Generally, a utility can and 
should count on a certain amount of steady, gradual energy efficiency improvements due to 
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appliance upgrades as a factor in its load forecasts. It can promote and encourage efficiency 
where it makes sense through programs of public awareness, financing (utilities in the 
author’s home state offer financing for major appliances that meet certain standards), and 
actual incentives (for example a $100 rebate when one turns in an old refrigerator and 
submits proof of purchase of a new, efficient one, where the need is great). But generally, 
appliance upgrades happen as programs external to the utility, driven by market forces 
(owners want efficient appliances because they save them money), technological factors 
(manufacturers improve efficiency as a competitive advantage), and government mandate. 


Distributed (backup) generation 


Backup generation, as opposed to distributed generation, can be viewed as a distinct 
category of customer-site systems. Contrary to the impression created by many modern DG 
advocates, DG has been widely used in the industry for decades, but almost exclusively as 
backup generation — aimed at providing a type of improved reliability. Energy consumers, 
mostly commercial and industrial users with high costs of sustained interruptions, have 
created a very large and healthy market for backup generation systems. In the past ten 
years, a number of utilities have started to offer backup generation as a service. Distributed 
generation, in all forms, will be discussed in section 10.3. 


Building shell improvements 


Improvements in building shell insulation, sealing of doors, windows, and vents, and air 
handling systems (duct work, etc.) can render a large improvement in the heating and air 
conditioning energy consumption of a home or office building. Energy requirement 
reductions of up to 66% are possible in most buildings in the United States, although 
economically justifiable reduction levels are generally only about a third of that. 

Building shell energy efficient technology. Adding more and better insulation to older 
homes, and insulating ductwork exposed to ambient temperatures in attics and crawl spaces, 
is perhaps the most popular form of energy management in this category. Other popular 
measures are intense weather-sealing of doors and windows, replacement of windows with 
double- or triple-paned glass and casements that are heavily insulated and sealed, glazed 
glass or reflecting film put on windows, and awnings. 

Like appliance upgrades, a certain amount of this type of improvement occurs as a 
“natural trend,” driven by a combination of market and technological forces. Older homes 
are often replaced by newer homes built to much higher energy efficiency standards. When 
combined with upgrades of the cooling and heating units themselves, reduction in energy 
usage of up to 50% can occur between an old structure and a modern replacement.° 

Improved energy, peak, and user satisfaction. Building shell improvements are one 
category of energy efficiency improvement that almost always improve consumer 
satisfaction with end-use performance. Well-insulated homes are famously “less drafty,” 
having fewer unwanted warm and cold comers, and far less temperature variation during 
the day. This improvement is often a selling point stressed in any program pushing these 
measures. 


3 As an example, in 1990 the author left a charming but old 1,500 square foot home near Pittsburgh for 
a new 3,300 square foot home in Cary, NC. Built in 1939, the Pittsburgh residence had been 
upgraded in 1964 and 1987. The 1990 home, of “high energy efficiency standards,” used noticeably 
less energy for cooling each summer, despite having more than double the floor space and having to 
deal with 20% greater cooling degree days in North Carolina as opposed to Pittsburgh. 
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Building shell energy programs almost always makes an improvement in both annual 
energy usage and peak demand. The impact on energy usage is obvious and well described 
above, and is usually the motivation for their implementation, at least by consumers. 
Usually, they reduce coincident peak demand but not non-coincident (individual consumer) 
peak demand. Since the utility really cares only about the former, most of these programs 
are at least somewhat a type of peak reduction approach. 

The peak reductions come about because the building shell improvements reduce the 
burden on existing heaters, heat pumps, and air conditioners. These units cycle on and off to 
operate. For example, during peak summer temperature periods, the central air conditioner 
in a home might operate with a 90% duty cycle (cycling on and off for a total 54 minutes 
operation out of the peak hour). Insulation and other building shell improvements that 
reduce energy losses in the home by 10% will reduce the need for cooling during this peak 
hour. Very likely the duty cycle of this AC unit will fall to about 81%, so that the 
household’s contribution to the utility’s coincident peak hourly demand would also drop by 
about 10%.” 

Customer and utility implementation issues. Building shell energy improvements are 
not simple to implement nor without a noticeable, often significant, cost. They may also 
involve a considerable amount of inconvenience (removing and rebuilding the outer walls 
of a home). In addition, effective economic improvement of a residence’s or office 
building’s shell requires considerable attention to detail and some basic engineering 
analysis and design. 

Some electric utilities provide services to consumers to promote these types of 
upgrades; a few finance them, often a holdover program from the regulatory-driven 
programs of the 1990s. Energy service companies (ESCos, the energy providers in a 
completely competitive, de-regulated electric market) often make energy efficiency 
improvements of this type a part of marketing programs aimed at attracting consumers with 
a “better service, lower overall cost” value package. 


End-use storage 


End-use storage includes a number of appliance designs that de-couple, or separate, the 
time of a consumer’s use of the appliance’s product from the time of the appliance’s use of 
energy to produce the product. Thus, end-uses that are heavily skewed toward peak times 
can be satisfied while the usage is pushed to off-peak. 

A widely, nearly universally applied example is a storage water heater — a “water 
heater” as far as most homeowners are concerned. Residential water heaters, either 
electric or gas, usually have a tank that holds from 40 to 80 gallons of hot water, ready 
for use. This means that their heating elements do not have to, and sometimes do not, 
operate during the time the homeowner draws water from them. 

Storage water heaters are widely used not for energy storage reasons, but because the 
storage of hot water permits instant use of a good deal of hot water, without having to 
wait for it to be heated. However, they are often retro-fitted with controls that shut down 
their elements during peak periods, as a peak reduction measure, in company with 
perhaps larger tanks so they have more product stored for use. 

End-use storage technologies. Sound and effective storage space heaters and coolers 
using proven technologies are widely available, at least in some parts of the world. Storage 


* The reduction would not be exactly 10% for a variety of secondary effects and ifs, ands, or buts. For 
more detail in the behavior of such appliances, see Spatial Electric Load Forecasting, Second Edition, 
H. Lee Willis, Marcel Dekker, 2002, Chapter 3. 
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home heaters are widely used in Europe. They consist of an insulated box inside of which is 
placed an array of ceramic “bricks” of very high energy absorption density which surround 
resistive heating elements. To reduce peak demand, the elements are run at night, heating 
the bricks to high temperatures. During the day, they are shut down and a small fan blows 
air over and through the ceramic brick lattice to produce heated air to keep the home warm. 
These units are relatively simple and fairly reliable and durable. 

Similarly, “cool storage” units store “cool” in the form of chilled brine (salt water can 
be cooled to below freezing while still remaining a liquid) which is then run through 
radiators and baseboard pipes in a building to cool it during the heat of a summer day. 
The chiller is run only at night, and the only air conditioning load during the day is the 
small pump, and perhaps fans, to circulate air. Cool storage units utilize only proven 
technology, but generally they are fairly large, not home sized, and thus applicable 
mostly to commercial applications. 

End-use storage units produce peak load reductions, but usually increase energy use. 
Both room-size and central thermal storage heating units are widely used in Europe, with 
residential and small-business market penetration in some regions approaching 50% of all 
homes using electric heating. Cool storage units have been used in some public schools in 
Texas. Both are very effective at reducing heating and cooling demand of the affected 
consumers during utility peak times, by as much as 90%. 

But these technologies increase both the energy usage and actual demand of the unit, 
compared to non-storage units. There are several reasons. First, both store heat (or lack of 
it) and encounter slight losses as that heat escapes during the day. More important, 
though, thermal storage heaters use resistive heating elements, roughly only half as 
efficiency of a heat pump.” Similarly cool storage units cannot utilize “every cooling trick 
in the book” as can non-storage AC units. As a result, they use more energy during a 24- 
hour period, and when they are “recharging” (at night, off-peak) they may use more 
energy than a non-storage unit would when running at peak during the day. (A thermal 
storage unit equivalent to an 8 kW heat pump might use 10-15 kW of heating elements.) 

End-use storage generally appeals only to the utility. It reduces utility peak demand in a 
very noticeable way. But it increases total energy used by the consumer and thus has no 
market appeal unless supported by significant rebates or incentives. With very rare 
exceptions end-use storage is only successful when implemented by the utility. In Europe, 
the widespread use of thermal storage home heating systems in parts of Germany is due to 
the utilities there having both encouraged their use and rewarded it through particularly 
attractive off-peak rates to those users. 


Fuel switching 


One option that will reduce electric energy usage and peak demand on nearly any T&D 
power system is fuel switching — moving major energy uses like space and water heating, 
cooking, and even cooling from an electric base to natural gas or oil. Few electric utilities 
consider or encourage this because it cuts deeply into revenues. However, many energy 
consumers consider and effect these measures, particularly when they face high electric 
rates. 


> A heat pump cannot be used to drive a compact thermal storage unit, because it does not generate 
intense heat. Thermal storage units store a lot of heat in a relatively small compact amount of matter 
(several hundred pounds is all) by using resistive elements to raise its temperature by several hundred 
degrees Centigrade. By comparison, a heat pump can only generate a differential of perhaps 50 
degrees. The units would be too bulky to fit in apartments and small homes, or to retrofit to even large 
homes. 
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During the 1980s and 1990s fuel-switching was an option required for utility study by 
some state regulatory commissions. It was felt that fuel-switching had the potential to 
permit utilities to avoid high generation and delivery costs under some circumstances. 
There was also an opinion among some energy conservation advocates that gas and oil 
usage for water and space heating was inherently more efficient and should be pursued 
for that reason. 

Technology. For applications where gas and oil are viable alternatives to electric power, 
proven gas appliances are widely available to consumers. Gas heaters, washer-dryers, 
ranges, and ovens are all “stable” technology and have been available for decades. Gas air 
conditioners work well, and have been available since the 1970s, but are a constantly 
evolving and improving technology, with newer units providing more reliability and 
efficiency than those of even a decade before. 

Electric energy and peak load reduction. Fuel substitution is an effective way of 
reducing the use of electric energy and cutting peak load. Shifting of some energy intensive 
end-uses such as water and space heating and air conditioning to gas can make a big 
difference in demand and energy needs in an area, if applied to a significant portion of the 
consumer base there. 

In some cases, the use of gas rather than electricity results in a net reduction in total 
energy usage, too. For example, in the case of most residential water heaters, it takes less 
energy to heat water in a home or business by using gas there than to make electricity with 
it at a generating plant and move that electric power to the home for use there to heat water. 
In other cases the situation is not so clear, as with heat pumps in areas where gas delivery 
and distribution costs, and losses, are relatively high. However, overall, using gas at 
distributed sites for some of these “heavy” applications is more efficient from an overall 
energy standpoint than using electricity. For this reason, “fuel switching” enjoyed some 
popularity with regulators during the 1980s and early 1990s, and was a required option for 
study for some utilities for that reason. 

However, the situation is not quite that simple. Generally, emissions and environmental 
impact are lessened if electric power is burned under the superior control and emissions 
management of a large central generating plant, utilizing new technology, than at many 
small, perhaps not as well maintained sites. Then, too, there are the distribution systems to 
be considered, with a host of issues that often dominate decision-making in a region. For 
this reason, many of the “fuel switching” studies done in the 1980s and 1990s were 
simplistic and of little lasting value. Probably the best societal strategy to address the “gas 
versus electric” question is the one the U.S. has taken: let the market decide. 

Fuel availability and distribution systems. Availability of distribution systems plays an 
important part in both consumer and utility perspectives on fuel substitution. Electric 
distribution networks are nearly ubiquitous, whereas many areas of the nation do not have, 
and probably will never have, gas delivery systems. The marginal costs of construction and 
system constraints in different areas vary so much within each category (gas and electric) 
that it is impossible to generalize which is less expensive to distribute. 

Consumer perspective. Surveys and market results indicate that consumers make 
decisions among electric and gas options almost entirely on the basis of cost. But overall, 
electricity has several advantages with respect to consumer appeal. First, electric 
distribution systems reach more consumers: there is a significant portion of households in 
the U.S. and elsewhere in the world that have electric but not gas distribution available. 
Second, most households could get by without natural gas, but not electricity: gas-powered 
televisions, stereos, computers, and microwave ovens don’t exist, and gas lighting is 
suitable only for ornamental applications. Finally, a segment of consumers perceives that 
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electricity is safer than gas.° On the other hand, for a majority of consumers where gas is 
available it is the less costly energy source for “energy intensive” household applications 
like water and space heating. 

Utility perspective. Gas versus electric choices for a utility are either very simple or 
incredibly complicated. They are simple for an electric utility that views its business as 
competing in a free marketplace for energy business of consumers. Gas is the competitor, 
and programs to shift consumers to gas seldom make sense (at least if the utility has been 
well managed). But utilities that distribute and sell both energy sources face a much more 
complicated business problem. /f the utility has complete freedom to decide what and how 
it invests in electric and gas systems, it can decide where to extend or limit gas and 
electricity distribution, and when and where to promote gas or electric consumption, and 
how to price one energy source versus the other. It can optimize any of a number of 
business goals: maximized profit, overall (least) cost, minimized business risk, or maximum 
consumer choice, etc. Generally, regulatory rules severely limit the utility’s choices here 
and clearly identify what and how it will optimize the use of both systems. Generally, fuel 
switching is not an approach considered by utilities for tactical reasons 

Distributed generation. For the standpoint of this discussion, distributed power 
generators can be viewed as devices that effect a type of fuel switching. They will turn gas 
into electricity on a site-specific basis, and permit gas to power televisions, lighting, and 
other purely electric applications. DG will be considered later in this chapter. 


interlocking 


Interlocking is a very simple peak load control mechanism that has an impact on a utility 
system’s. load that is incredibly difficult to analyze and predict with accuracy. It involves 
wiring the thermostats or control mechanisms of two or more appliances at a location in 
series, so that only one of them can operate at any one.time. The most common 
application of interlocking is the connection of a home’s space conditioner {(e.g., heat 
pump) and water heater in a master-slave arrangement, so that the electric water heater 
cannot operate whenever the air conditioner/heater is operating. 

Normally, interlocking is intended to reduce only peak demand while having no impact 
on energy usage. In practice, if it works well as a peak load reduction mechanism, it will 
render a very slight, usually insignificant reduction in energy usage, too. 

Technology. Interlocking involves nothing more than re-wiring of the low-voltage (12- 
24 volts DC) control wiring in a home or business. This requires a few dozen feet of 24-volt 
rated control wire and perhaps replacement of single-pole control relays in the appliances 
with new double-pole relays. All of this is simple, commodity equipment of very low cost 
and wide availability. Re-wiring is straightforward. For this reason, it is among the least 
expensive and simplest peak load reduction mechanisms available. 

Simple to implement but complicated to model. Interlocking’s impact on a utility’s load 
is complicated because its operation interacts with appliance diversity and operations 
schedules. Accurately modeling and predicting its effects requires detailed assessment of 
apphance-level load behavior and non-coincident versus coincident load curve shapes, as is 


discussed in Section 3.3. 


© Several electric utilities discovered through market surveys and focus groups that they could achieve 
noticeable market share in electric heating against gas by stressing its “safe and warm” aspect. These 
marketing programs did not imply gas was unsafe (and neither is the author) but rather simply 
stressed that electricity was safe, essentially playing on concerns some consumers may have already 
had. 
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Figure 10.2 At the top, an air conditioner and a water heater each act according to the control of their 
thermostats. Both use all the energy they want and occasionally their usage overlaps. At the bottom, 
when interlocked they alternate usage and the “slave” appliance (the water heater), obtains less energy 
because it is prevented from operating as much as it will if not interlocked. This results in a load 
reduction during peak times. 


How it works. Suppose that a particular household has a 5 kW electric water heater 
interlocked to its 10 kW central electric air conditioner. Further, assume that during the 
peak summer temperatures, the AC unit will operate at a 95% duty cycle, while the 
household water heater might want to operate at only a 15% duty cycle. Both of these duty 
cycles are fairly typical for peak summer hours.’ Interlocking the two appliances prevents 
the water heater from operating at more than a 5% duty cycle, that being all that is left to it 
by the air conditioner. Thus, a reduction in 10% of the water heater’s duty cycle is affected, 
and the househald’s energy usage during the peak hour is reduced by 


Reduction in demand at peak = 10% x 5 kW =.5 kW (10.1) 


Thus, the household’s energy use during this peak hour is reduced by a noticeable 
amount. Water available for use in its tank might drop in temperature somewhat, however, 
storage water heaters generally can go for an hour or more without energy at all and still 
satisfy most household needs, and the one in this example is getting a bit of power during 
peak, anyway. Energy use is not greatly affected: after the peak period is over, the water 
heater will “be hungry” and operate at a higher than normal duty cycle until it returns the 
water stored in its tank to full operating temperature. Figure 10.2 illustrates this. 

By contrast, during an off-peak summer hour, the AC might operate at an 80% duty 
cycle. In that case there is more than enough time for both appliances to obtain all the 
energy they need. Thus, interlocking limits usage only during periods of intense (peak) 
energy usage, and makes no impact otherwise. 


Water heaters seldom operate at really high duty cycles. Typically, during periods of peak water heater 
usage, the average duty cycle for water heaters over a utility system is only about 35%. 
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Reduction in weather sensitivity. A recognized capability of interlocking, which was 
never completely included in utility evaluations of it carried out in the 1980s and 1990s, 
was its reduction in weather sensitivity. Really extreme high temperatures — once-in-ten- 
year extreme summer weather — can cause air conditioners to reach 100% duty cycle, 
leading to unexpectedly high peak loads that can overstress electrical equipment.® With 
interlocking, the demand weather sensitivity of a household like that used in the example is 
cut almost in half. As temperature rises, the AC unit is called upon to remove more heat 
from the home and its duty cycle increases thereby reducing by a like percentage the duty 
cycle of the home’s interlocked water heater. Thus, the increase in demand seen by the 
system, as temperature rises above a threshold, is reduced to: 


(AC connected load — Water Heater connected load) (10.2) 
(AC connected load) 


of what it was without interlocking. The threshold is the temperature at which the duty 
cycles of the two interlocked devices sum to 100%. 

Reduction in non-coincident demand. Interlocking also reduces the peak non-coincident 
demand of a household, not only during peak, but all 8760 hours of the year. This makes no 
impact on household use of energy or convenience of the appliances (homeowners would 
rarely if ever notice any impact), but it does reduce losses and stress on the utility’s service 
transformers and secondary circuits somewhat, 

When interlocked, a water heater and an air conditioner/heater can never operate at the 
same time. As is discussed in if left to their own, random operation, both devices 
will cycle on and off as their thermostats dictate, and occasionally their usage will overlap, 
creating “needle peaks” of the type illustrated in Such sharp peak loads usually 
last only a few minutes, until one or the other of the two shuts off. They occur more 
frequently on peak days (the appliances operate more often so they have more chance to 
overlap. But they occur “randomly” during the entire year. 

Interlocking effectively synchronizes the electric usage of the two devices so that they 
operate one after the other. Non-coincident demand of the household is cut permanently. 
But coincident load is not affected except during peak conditions. During off-peak periods 
the interlocking makes no impaci. At those times, even thengh the non-coincident load 
curves of households with interlocked appliances have been altered by “rescheduling” of 
the “on” periods for one of their major appliances, the household non-coincident curves will 
“add up” (see to the same aggregate coincident load curve as they did when not 
interlocked. 

The net effect of this 8760-hour-a-year reduction in non-coincident load are reductions 
in the peak demands seen by the utility’s secondary circuits and service transformers and 
the losses that occur in the consumer’s service drops. Total losses reduction at this level 
may approach 15%. Voltage regulation to the consumer is also improved, although by only 
a small margin. The author is aware of no situation where interlocking has been applied 
because of its impact at this level, but the losses savings and improved voltage regulation 
are a benefit that can be counted in assessments of its benefit. 


8 Poor anticipation of the impact of extreme weather caused several widespread outages for utilities in 
the U.S. when a one-in-ten summer hit the midwestern and northeastern United States in 1999. Many 
utility T&D systems had been designed handle typical summer weather, but could not handle extreme 
weather. Large (25,000+ customers), long (8+ hours), and significant (downtown, City Hall) 
interruptions resulted. For more, see Chapters 5 and 6 in| Willis, 2002. 
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Interlocking’s history. Interlocking of AC and water heater units was tried by a number 
of utilities in the southern and southwestern United States, and for electric space heating 
and water heaters by a small number of rural cooperatives in the northern states, in the 
1980s and 1990s. Most of these utilities had relatively high rates of load growth and thus 
had an incentive to cut peak load. 

Interlocking developed a checkered reputation, working well in some places and not so 
well, or not at all, in others. It worked very well in one or two summer peaking systems and 
well enough to be considered a success in several winter-peaking utilities in the Midwest. 
However, it failed to provide any peak load reduction at one southwestern utility because 
planners had estimated duty cycles for AC and water heaters of 95% and 15% respectively, 
as in the example earlier. In actuality they averaged 90% and 8%.” Since their sum was less 
than 100%, there was no reduction in peak demand.’® These results were widely 
disseminated within the industry, in part by manufacturers of load controllers who saw 
interlocking as a competitor to their products and gave it a poor reputation. 

Interlocking’s potential. Interlocking works well in cases where the utility can verify 
that the sum of the interlocked devices’ duty cycles exceeds 100% at time of coincident 
peak. It is robust, simple to implement, and effective in these cases. It has the added benefit 
of reducing stress and losses on the secondary voltage system. It is simple to explain to 
consumers and to install, makes only a minimal impact on consumer usage, and is quite 
durable and long-lasting. 

Only consumers with space conditioning and water heating, or similar loads of that type, 
are candidates for interlocking. In some utility systems this is a small percentage of the 
utility’s customer base. But in other systems, particularly in rural and suburban areas, a 
significant portion of the residential customer base falls into this category. 

Consumers have no incentive to interlock their appliances — it provides no benefit to 
them. Thus, a utility will have to offer an incentive to gain acceptable and market 
penetration. In some cases, the most expedient and simple way to gain participation might 
be for the utility to offer a free replacement water heater, only available as an interlocked 
device, to anyone who needs a replacement or wishes to add one (new construction, 
conversions). The utility still gets the energy sales, but sees no or very little peak load 
increase. 


Lighting efficiency 


Approximately one-fifth to one-third of the electrical energy sold by the average electric 
utility in the United States is used by its customers for lighting applications. Nearly 70 
percent of this lighting energy is consumed in the commercial, public, and industrial 
sectors. Among the numerous types of lighting devices (lamps) available, efficiency varies 
greatly. However, efficiency is only one of a number of important factors to consumers, 


oO 


Residential AC units are usually sized to operate at 90% duty factor during the hottest normally 
expected weather in a summer. Water heaters typically have a duty cycle during the hour of peak 
water heater demand of less than 30% and off-peak duty cycles as low as 10%. But a majonty of units 
in this utility system were located in un-air-conditioned garage spaces, where ambient temperatures 
around them were typically 125°F during the hottest part of the day. As a result, most water heaters 
operated but a few minutes an hour during summer afternoons. 


1 Tn actuality there was a very small impact, barely measurable, because not all homes were average. In 
a few, less than 15%, duty cycles did exceed 100% during peak loads, and a slight reduction was 
effected. However, the action of this program was far below expectation, and the utility abandoned it 
as “ineffective.” In this case, it was. 
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including initial cost, color of light, lifetime, and operating characteristics (some lamps do 
not provide light the instant they are turned on, but take several minutes to work up to full 
output). The efficiencies of the principal types of electric lamps vary considerably. 
Efficiency is measured by lumens per watt, where a lumen is the measure of light flux (on a 
per energy basis, one lumen is equal to 0.00413 watt), and varies among types. 

Energy and peak reduction. Lighting efficiency programs reduce both energy usage and 
peak load. 

Lighting efficiency technology. Lighting efficiency improvement programs focused on 
interior applications, most often on replacing incandescent lighting with fluorescent tubes or 
compact fluorescent bulbs, which use only one-half to one-third the energy for equivalent 
amounts of light. A 23-watt compact fluorescent produces equivalent illumination to a 75- 
watt incandescent bulb. In summer-peaking utilities the bulb produces an additional energy 
savings. A majority of the energy used by an incandescent bulb is turned directly into heat 
(the bulb radiates more heat than visible light energy). That heat has to be removed from 
inside the home by an air conditioner. A compact fluorescent bulb thus reduces air 
conditioner operation and load, too. From the consumer standpoint, an additional appeal is 
that compact fluorescent devices have a much longer lifetime than incandescent (lasting an 
average of six to eight years in residential service). 

Often interior light fixtures, particularly those with reflectors, are replaced. Better 
(shinier metal and better shaped to disperse light where needed) reflectors can improve the 
efficiency of an existing fluorescent light fixture by up to 15%. 

Exterior lighting efficiency programs, for.exterior building illumination, night-time 
security, and parking lots and storage yards, often see changes in all aspects of the lighting 
system as a result of a performance/efficiency upgrade. They may‘include changes in the 
number of lighting fixtures, their type and orientation, and their scheduling. 

Residential lighting upgrade programs usually concentrate on replacing incandescent 
bulbs with compact fluorescent “bulbs.” The degree of improvement in lighting energy 
efficiency seen in the residential sector is.usually greater than in commercial applications. 
Up to a five-fold increase is possible. In the 1980s, utilities often had to provide 
considerable incentives to consumers to try compact fluorescent lighting. Wider availability 
of these devices has made these largely unnecessary. 

Although the economics work out very well (compact fluorescent “bulbs” more than 
pay for themselves with reduced energy and replacement costs), consumer acceptance has 
been slow. Many do not like the starting latency of these devices, a roughly one-second 
delay between the time the light switch is activated and when the “bulb” begins producing 
light. There is not much that the bulb’s designers can do about that unless the device’s 
energy efficiency is substantially reduced. Compact fluorescent “bulbs” have three other 
disadvantages with regard to incandescent replacement. Their initial cost is about six times 
that of incandescent bulbs of equivalent output. Second, compact as they may be, many 
cannot fit into older overhead light fixtures or table and desk lamps. (Design progress is 
gradually reducing the size of the smallest compact fluorescent bulbs available, improving 
this liability.) Finally, fluorescent produces a white light, not yellow, and this represents a 
change for customers (the white light is sometimes perceived as harsher). 

Utilities promoted compact fluorescent light bulbs to residential customers during the 
1990s, as DSM. Most such programs ended a number of years ago. Usage continues to 
increase, driven by the consumer savings the devices produce and due to wider 
availability (stores like Home Depot and Ace Hardware carry them, and they can be 
found in the light bulb section of some food markets). In addition, newer designs are 
more compact and include some models with a glass shell so the unit looks very much 
like a “standard” bulb. 
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Commercial and Industrial lighting efficiency often includes replacement of 
incandescent with compact fluorescent, upgrades of interior fluorescent light trays with 
improved reflectors, and revised exterior illumination. 

Finally, many utilities worked with architects and home builders to both design new 
structures so they used natural illumination well and have efficient lighting throughout (e.g., 
fixtures that will accept compact fluorescent bulbs). 

Modern application of lighting efficiency programs. All lighting programs reduce 
energy sales and thus erode revenues. Thus they do not have a strong appeal to utilities. In 
particular, programs that reduce night-time illumination load (building security, parking lot 
and storage yard lighting) have very little appeal. They do not bring a peak load reduction, 
and cut off-peak sales. 

But they do appeal to consumers, because they lower cost and potentially provide better 
illumination. In the residential sector, utilities can depend on trends in increasing use of 
compact fluorescent lamps to continue. Most utilities have not and probably will not 
aggressively push residential programs, partly because much residential usage is off-peak 
and thus does not return a big peak load reduction. 

Commercial and industrial programs are a different matter. A lot of commercial 
lighting, particularly interior lighting, is coincident with peak demand. The savings in cost 
due to a good lighting upgrade can be sufficient to attract businessmen without incentives 
from the utility. In a de-regulated industry, someone — usually an energy service company — 
can very likely make a profitable business out of offering lighting upgrade survey, design, 
and implementation services. 


Load control 


Load control can be implemented in many ways. But in all cases, it means “utility” control 
of the operating schedule of appliances like air conditioners and water heaters through some 
remote means. “Utility” is given in quotations here, because in a de-regulated industry it 
may very well be an energy service company that implements load control, not the delivery 
utility. 

Load control of electric water heaters was a classic DSM program of the 1980s and 
early 1990s. A utility would offer a customer an incentive, perhaps $5 per month rebate, 
in return for which it would connect a remote-control relay to the electric water heater at 
their site. During peak periods, it would open the relay, shutting off the water heater, for a 
period of one, two, and, in some utility cases, four hours. 

Many other household and business loads were, and are, candidates for load control, 
including air conditioners and heat pumps and central electric heaters. Here, the units are 
not shut down for anything more than a brief period, but this is done frequently. For 
example, an air conditioner might be shut off for 7.5 minutes during each half hour. This 
effectively limits its duty cycle to 75%. If during peak times the unit would run at a 90% 
duty cycle, this effects a reduction in coincident peak load equal to 15% of its connected 
load. 

Peak load reductions and rebound. Load contro) is a peak load reduction measure, 
which may, during peak days, also reduce energy usage slightly, However, theory and 
experience showed that it had little effect on energy usage, due to an effect called rebound. 
As an example, the reader can consider the operation of a water heater that has been denied 
electric power for two hours after that control is terminated. It will immediately switch on 
and draws power until it raises the temperature of water stored in its tank back up to its 
thermostat’s setting, operating at a higher duty cycle than it would during the post-peak 
period, if it had not be “controlled.” 
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Technology and past applications. Many load control pilot programs were implemented 
during the “DSM era” and a few grew into stable mainstream programs. Florida Power 
Corporation (today, Progress Energy, Florida) at one time had several hundred thousand 
sites under control. Similarly Detroit Edison had enough water heaters under control that it 
could shave peak load by the equivalent of an entire generating unit. Equipment and control 
strategies varied greatly. A myriad of different control and communications technologies 
were developed in the 1980s and 1990s to communicate with load controllers, using several 
types of power line carrier, phone, and numerous different radio communication methods. 
Some systems were one-way communication only: the utility sent signals out to the 
controllers, but got no verification back that they had received the control signal or operated 
correctly. Other systems, generally more costly, included two-way communication which 
would verify operation. 

Utility and consumer appeal. Load control has no appeal to energy consumers, at least 
those not on real-time or demand-sensitive rates. It offers them no advantages. In fact, it can 
offer a disadvantage: slightly cool “hot” water and slightly warm “cool” air during peak 
periods. 

But to a utility, load control can effect significant reductions in peak load in a manner 
that permits it to “program” the timing, the amount, and the location of the reductions. This 
has great appeal. However, load control is expensive and complicated. First, it requires 
incentives. Second, it requires control modules at every controlled site, a communications 
system to control there, and a central load control dispatch center to coordinate it all. Third, 
this equipment will need service, increasing maintenance costs. 


Motor and equipment efficiency upgrades 


This category of energy efficiency program can best be descrihed as “the industrial 
equivalent of appliance upgrades.” It consists of a variety of programs aimed at 
improving the efficiency of industrial electric energy use. Among these are the direct 
analog of residential class appliance upgrades — motor efficiency upgrade programs — in 
which electric motors are replaced with high-efficiency units that do the same job using 
less electricity. But in addition there are many other measures that fall into this category 
of improving energy efficiency of industrial processes, such as programs to replace 
relatively inefficient boilers, pumps, rolling machines, stamping machines, etc., with 
equipment that is, ultimately, much less demanding of energy. 

A considerable portion of the electric energy sold by most utilities is converted into 
mechanical rotation using electric motors of either induction or synchronous type. Many of 
these motors are included in air conditioners, heat pumps, chillers, rollers, and other heavy 
industrial equipment. But beyond those uses, motors are needed for a diverse range of 
applications, including conveyer belt drives, water well pumps, dryer fans, garage door 
openers, swimming pool pumps, and hundreds of other applications, in residential, 
commercial, and particularly mdustrial classes. Motor sizes, applications, and efficiencies 
vary tremendously in these classes, but in nearly every commercial and industrial 
facility, there are numerous motors, of all sizes, and thus a potential for energy savings. 

Motor efficiency technologies for industrial applications. As was the case in residential 
appliance upgrades, there are two ways than an industrial facility’s energy efficiency can be 
improved. First, equipment, including motors, but also magnets, heating elements, boilers, 
and flash processors, can be made more efficient in terms of its use of electricity to produce 
rotation torque, magnetic attraction, heat, and intense radiation, respectively. Second, the 
device’s efficiency with respect to the mechanical function it performs can be improved. A 
pump that is turned by a motor can be made 5% more efficient in performing the pumping 
function. Energy efficiency is improved by 5%. 
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The efficiency of an electric motor in converting electric power into rotation power is a 
function of the type of motor (induction, synchronous, single-phase, three-phase), details in 
its design and assembly (air gaps, tolerances, etc.) and the choice of materials (better 
magnetic materials in the stator core, for example) can significantly improve efficiency. As 
a result, high efficiency motors are quite easy to design and build for any application. They 
simply cost a good deal more than inefficient motors because they employ more expensive 
materials and require more parts and closer tolerance assembly. 

In general, smaller motors of any type are less efficient than larger ones. This is partly 
due to the fact that small electric motors are built to inexpensive, commodity designs, while 
larger ones are generally built with some regard to energy efficiency and long lifetime, even 
if those are not predominant thoughts on the part of the designer. But there are 
physical reasons why a large motor can be more efficient. In some types of motor design 
magnetic leakage in the end of the stator winding (which is unavoidable unless the motor is 
to have infinite length) only doubles even if the motor’s size and power is increased by a 
factor of ten. Thus, whether built to efficient design or not, motors have a definite efficiency 
of scale. 

shows the range of efficiencies in percent (HP out versus electrical energy 
in, with HP rated at 746 watts/HP) for the typical range of small industrial 
applications (5-50 HP). Replacing a “normal” motor in the smaller size categories with a 
high efficiency motor can improve conversion efficiency by about 5%. The potential 
improvement drops to almost negligible amounts for larger sizes. Thus, motor efficiency 
programs often are best aimed at medium and small motor applications. 

Tailoring and design are the key. Unlike its residential equivalent — appliance upgrades 
— an industrial energy efficiency improvement program cannot be generalized. A standard 
type of energy efficient refrigerator will fit in and improve the energy usage of most every 
household’s kitchen, but there is no standard type of “high efficiency motor” and if there 
were, it would fit in but a small portion of applications. 

Almost every industrial plant is different for other plants in the details of the 
exact process it employs, its layout, and the models and types of machines it 
employs. To achieve energy efficiency, motor and other energy upgrades have 
to be carefully selected and engineered to fit that particular plant. It is impossible to 
generalize about motor applications or load patterns. Some motors, such as those 
powering conveyer belts, run nearly continuously for long periods and are candidates for 
replacement with efficient motors. But other motors, like those used to open gates at the 
plant entrance, etc., run infrequently and only for a short period each time. It would make 
little economic sense to replace them with efficient motors -- the savings could hardly be 
justified. 

Gradual trend of improvement. Again, as was the case with residential appliances, 
industrial equipment and plants in nearly all industries are gradually becoming more energy 
efficient over time. This is due almost entirely to cost considerations: industrial plant 
owners and operators are very cost conscious and will seek and continuously drive for cost 
reductions wherever they can be found. Utilities can count on long term continuation of two 
trends in industrial energy usage. First, all existing industries will gradually become more 
energy efficient. Second, new industries will spring up which are more energy intensive 
than ever, as previously unaffordable, or un-thought-of industries are made profitable by 
technological progress. No utility effort is needed to drive these trends. This is “progress” in 
industry. 
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Figure 10.3 Standard (bottom) and high-efficiency (top) motor efficiencies. Efficiency generally 
increases with increasing motor size. 


Example end-use motor efficiency program. In ‘the 1980s a rural utility in the central 
United States determined that nearly 40% of its residential customers and about haif of 
commercial and industrial customers had at least one water well pump. These motors 
operate pumps to pull water out of the ground and push it into a pressurized tank. In this 
utility’s case, the water table was deep in most parts of its service territory, so that the 
required work for most pumps was considerable. A survey indicated the average water well 
pump in the system was a .75 HP single-phase motor with an efficiency of 62%, 
mechanically loaded to about 80% of rated horsepower and operating about 1,000 
hours/year, with a duty cycle of 40% during the peak hour. This means that the average 
motor consumed about 850 kWh during a year, and contributed about .4 kW to system 
peak. 

Such motors have a lifetime in service of about 8-12 years. The utility offered a $50 
rebate’! to customers who replaced a failed pump motor with one whose efficiency was 
75% or better. (Most fractional horsepower motors are only of about 50-66% efficiency, so 
75% is “high efficiency” for a motor of this size range). Such a motor cuts energy usage by 
100 kWh per year and reduces contribution to peak by about 50 watts. Further energy 
savings in this end-use category were probably possible by improving pump mechanisms 
themselves (many are no doubt inefficient in using the motor’s mechanical energy to raise 
and pressurize water), but this was not pursued. 

Utility perspective and programs for appliance upgrades. Generally, a utility can and 
should count on a certain amount of steady, gradual energy efficiency improvements due to 
improvements in existing industry. Nationwide, and globally, the century long trend of 


" High efficiency motors cost about $70 to $100 per HP more than standard motors. Thus, this 
incentive covered only about half the cost differential. 
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gradual increases in total industry energy use should also be assumed. However, what and 
how much growth occurs in any particular utility service area is a question whose answer 
requires careful study. 

Despite their focus on costs, most industrial companies and plant managers do not want 
to have to manage their own energy usage. They want to focus on their core business. 
Substantial opportunity exists for utilities or energy service companies (ESCos) to offer 
energy improvement and cost reduction services in this sector of utility consumer bases. 

But while there is tremendous potential in industrial motor and equipment upgrades for 
large industrial energy consumers, it is not easy to engineer or implement. Good, effective, 
and economically optimized energy efficiency often requires a partial re-design of each 
plant, its cooling, waste water, ventilation, process conveyors, and a myriad of other 
equipment. This can reduce energy usage considerably without having an adverse effect on 
production. But often a good deal of professional analysis and design work is necessary to 
do this well. On the plus side, the energy usage of some industrial plants, which costs 
millions of dollars per year, clearly justifies such effort. Overall, most utilities and ESCos 
conclude that energy efficiency programs for large industrial energy users are best 
implemented as a series of customized projects, perhaps marketed under an umbrella 
program for identification and PR purposes, but individually tailored to each opportunity. 

A motor efficiency upgrade program offered to a utility’s or energy service company’s 
customer base as a whole needs to concentrate on ferreting out and marketing to 
applications that use smaller motors and where efficiency will be worthwhile. Identification 
with particular end-uses and consumer segments makes identification of customers and 
marketing much easier. The water well pump example cited above is an excellent program 
in this regard. It focused on a wide usage category that customers would find easy to 
identify (“Do you have a water well?’’), the end-use represented a lot of energy and on-peak 
demand, and it used relatively small sizes of motors, so considerable room existed for 
improvement. Utilities seeking programs to apply widely across their service area need to 
look for these same characteristics. A combination of a near-continuous usage, so there is a 
real savings to be had, and smaller size, for which efficiency improvements provide a larger 
percentage improvement, offer the best potential for generalized programs. 


nenewable energy 


Distributed renewable electric energy generation has an appeal to many consumers, both 
because they may obtain “free” energy from wind or solar generation at their site, and 
because most energy consumers understand that renewable generation is more 
environmentally benign than most central plant technologies. There is about renewable 
energy an image of living more in harmony with nature, letting it do the work, which also 
seems to increase its appeal. And, potentially, small renewable power units located at 
customer sites do have the potential to lower both the energy and peak demand that must be 
delivered over the T&D system. 

Technology. There are three types of small, renewable energy power generation sources 
that represent 99% of all renewable applications. These are solar, wind, and small hydro. 
These technologies are discussed in section 10.4. 

Effective, proven solar and wind generators exist in a variety of sizes and types, from 
very small to megawatt-plus sizes (Willis and Scott, 2000). But none of these units can 
compete head-to-head with electric utility power on the basis of cost. At present, under 
ideal ambient conditions, when implemented in sizes that achieve large economy of scale, 
and when professionally engineered and managed, solar and wind power are only barely 
able to compete on the fringe of the electric power industry. When implemented in smaller 
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sizes and sited at customer locations rather than where they have optimal access to natural 
energy, solar and wind generation perform less cost effectively. 

However, this does not stop a significant portion of consumers from trying these 
technologies anyway. In 1998 the author and colleagues performed a quick survey of rural 
electric energy consumers in western Kansas and eastern Colorado. Approximately 3% of 
ranch and farm houses had wind generators, not a large market penetration, but remarkable 
considering that the local utilities provided no direct support for these programs. However, 
only 20% of these units were actually being used to generate power. Several had been given 
up as a lost cause by their owners, maintenance and operation simply being more hassle 
than the ranchers expected. 

Wind and solar have disadvantages, but they have some advantages. Solar is firmly 
entrenched, even dominant, as a source of power for small, isolated, low-energy needs. An 
example is the emergency telephones located on the side of many rural roads. These use a 
small solar panel to trickle-charge a battery, that will power the phone when it is needed. 
Wind generation is used to produce power at isolated facilities and communities where 
T&D lines do not run and where bringing in fossil fuel for power generation is expensive. 

Non-dispatchable power. One problem with solar and wind generation is that the users 
have to take the power when the sun is shining, or the wind is blowing, as the case may be. 
Solar power is not available at night. Wind generator power fluctuates with wind speed. 
The power from solar and wind generation is not dispatchable — one cannot count on 
certain amounts of power being there on demand. Providing dispatchable power requires 
using renewable energy in combination with any of the various storage technologies, 
including battery, flywheel, and other, that can store the renewable electric power for later 
use. : a 

Non-electric renewable energy applications. Often, electric energy needs can be 
reduced by using solar or wind power to directly address the end-use function. Two 
residential applications are drying clothes with wind power (a clothesline) and using solar 
power to heat water directly. Clothesline drying of washed clothing has certain 
disadvantages, which is why electric and gas clothes dryers were invented in the first place. 
However, it works well and uses little electric energy (but more human energy). In some 
parts of the U.S., outside of cities where grime and pollution are present, it is popular. It is, 
however, perhaps too archaic an application to use as an example for most utilities. 

Direct solar water heating is perhaps the most widespread and most effective residential 
and small business use of renewable energy for a normal electric energy application. The 
technology is simple, involving only plastic pipes, solar radiators, and a storage tank 
(needed in electric applications, too). Properly designed systems heat water even on cloudy 
days and store enough hot water to make it through the longest nights. Small systems can 
augment, and larger systems completely replace, a heavy household energy usage. In many 
areas of the U.S., particularly where sunlight is plentiful and electric rates are high, these 
units make economic sense. Their most serious drawbacks are esthetics (the units are too 
large to easily hide, and not attractive) and hassle. Maintenance requirements are much 
more than for a normal electric water heater. 

Consumer interest. Renewable energy is simply not cost competitive in small, customer- 
size packages, so it does not have a wide and lasting appeal to most consumers. It also is 
something of a hassle — units require more maintenance and give more operating problems 
that most homeowners expect. However, a small percentage of consumers are attracted by 
the novelty, environmental, and/or individualistic aspects of having their own distributed 
renewable generation. This segment will probably continue to experiment with renewable 
generation, but it cannot be expected to grow until the technology makes considerable 
(50%) improvement in cost effectiveness. 
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Utility interest. Few utilittes have any incentive to implement renewable energy on a 
distributed basis. It is not cost competitive. Keeping systems operating will require 
increases in and new types of maintenance activities. Renewable energy looks best when 
implemented at the system level (e.g., wind generator parks) with its power used to defer 
peak and energy needs that would otherwise be satisfied by purchase from the wholesale 


grid. 
Site-specific electric-use automation 


One very workable strategy to reduce the cost of energy use is to use it more intelligently. 
For households and small businesses, home and business automation systems provide this 
function, scheduling appliances in a manner that obtains savings due to peak reduction and 
use of lower-cost off-peak energy. Home and small business automation systems can be 
regarded as intelligent scheduling and interlocking systems, or microprocessor-controlled 
demand limiters, or appliance usage schedulers, or, in the case where they communicate 
with the utility, real-time price control or similar systems. They are all of these. Residential 
systems are “home versions” of industrial plant control and factory automation systems -- 
computerized control systems for the home. 

Technology. A wide variety of home and small business automation systems are 
available. Although they differ in details, all have several features. First, they have some 
way of communicating with major appliances. Many use power line carrier in the 
household wiring. Others use a very low power radio. A few use infra-red signals, like 
those used by remote controls for televisions. 

Second, the automation system has a way of controlling the devices and perhaps of 
sensing if it has been turned on or wants to turn on. This often usually consists of small 
“controller” boxes which a homeowner can plug into an electric outlet, into which the 
appliance is then plugged. Thus, a refrigerator is linked into the home automation system by 
plugging it into a control box, which is controlled by the system. 

Heavy appliances, such as heaters, AC units, water heaters, and dishwashers, and some 
others such as outside lights, etc., have to be hard-wired with controllers, work that often 
may (should) involve an electrician. But overall, the system needs to be able to control most 
of the non-interior lighting energy uses in the household or business. 

The third feature is a central control capability, the “smarts” of the system which 
monitors usage and controls the appliances. This permits the homeowner to set 
preferences, schedule usage, and program efficiency goals (“Wash the dishes whenever it 
is most off-peak during the night, but I will always have hot water at 7 AM in the 
morning, period.”). The homeowner or business owner programs the system with his or 
her individual preferences and priorities. Set-back thermostat operation, delay of 
dishwashers and clothes washers to off-peak, and other similar schedule decisions can be 
made once and then implemented on a continuing basis by the system. Conditional 
requirements can also be set with regard to time, demand level, and end-use (‘‘Keep the 
AC set back to 80 degrees and heat to only 50 degrees respectively on weekends.”’) as 
desired. The system will routinely schedule those functions as programmed and effect the 
goals given it. 

The most effective home and small business automation systems are those that 
communicate with the utility or energy service company system. Perhaps the soundest 
approach is real-time pricing, or at least identification of when rates are in various rate 
tiers. Homeowners can program their systems with a load reduction priority. One 
homeowner could request that water heating be the device cut first, if load must be 
limited. Another could identify the swimming pool pump, or air conditioning and 
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heating, or the refrigerator and freezers. Regardless, the utility can see substantial 
response to its price signals and interruption requests from systems like these. 

Cost of home automation and programmable appliance controllers is currently higher 
than other load control or interlocking options. Systems cost from $500 to over $1,000 for 
the master control station plus an additional cost of $50 for each appliance controller. A 
utility would still have to pay incentives for control of appliances. While this cost is 
considerably more than other load control options, costs of these systems can be expected to 
drop in the future. Beyond this, home automation performs numerous other functions 
besides load control, many of which will attract homeowners exclusive of any load 
reduction benefit. 

Peak and energy reduction. Home and business automation systems have the potential 
to render significant reductions in energy usage and peak demand. However, utility 
planners need to realize that that is not the major purpose of these systems, as viewed by 
their owners. The systems are intended to improve value: to lower cost and increase 
efficiency. Peak and energy reductions come about as part of this process. 

Modern utility industry perspective. At the present time, home automation systems are 
in their infancy. Frankly, many do not work well, being somewhat undependable 
(controllers sometimes don’t) and, according to user surveys, too difficult to use.'? Over 
time, home and business automation systems will become both more capable and hopefully 
easier to use and more widely available. They will be built into new homes. Utilities can 
therefore count on a slow but steady increase in these systems. 

Automation systems offer utilities and energy service companies a “smart consumer 
end” to real-time and scheduled-rate pricing systems, something necessary if those systems 
are going to work well. A company that wants to accelerate these trends and take advantage 
of these systems and the capabilities they provide should probably begin by effecting some 
standards within its area of operations. It should identify and perhaps make available to 
customers a preferred system, compatible with its real-time pricing systems and 
communications. The systems can be sold on the convenience and lower cost for power that 
they provide. Incentives generally are necessary only to greatly accelerate the rate of 
acceptance. 


Uninterruptible and high-quality power supplies 


A wide variety of “reliability improvement” and “power quality improvement” 
equipment is available for installation at an energy consumer’s home and business. Many 
of these devices are appliance specific, intended to be connected to only one device (e.g., 
a computer). Some are installed on circuits, or groups of circuits, affecting only some 
loads and some parts of the facility. Others are installed at or near the service entrance 
and affect the service to the entire site. All share one thing in common. They improve the 
value the consumer obtains from the use of electricity, and his appliances, by controlling 
or mitigating unwanted characteristics of the delivered power. These can include voltage 
sags and surges, interruptions of service, and high harmonics content. 

Technology and types of devices. Uninterruptible power supplies (UPS) consist of an 
energy storage device (batteries or, in a few newer systems, flywheels), a charger 
connected to the utility power system to keep the stored energy resource charged, and a 
power controller to output power to appliances and equipment as needed. They are 


?2 A pilot program in the late 1990s, with several hundred homeowners in France resulted in only about 
5% of homeowners using the systems on a long-term basis. The rest felt the systems were too 
complicated to operate. 
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available from “commodity” units sold at hardware and home improvement stores for 
only about $100 to large “site sized” units as big as cargo containers that can serve an 
entire commercial building. 

Characteristics that are deliberately varied in the design of various types and 
qualities of UPS design are energy, power, and power quality. Energy is the total amount 
of kWh that the unit can store and supply. Power is the rate at which it can supply that 
energy: a .5 kWh, 250 W UPS can serve up to a 250 watt load (i.e., a home PC) for about 
two hours. 

Power quality characteristics — frequency stability, voltage regulation, and lack of 
harmonics — vary greatly among available UPS. Most low-cost commodity units offer far 
less in this regard than “utility grade” power quality. Some low cost units output what is 
basically a chopped square wave, a waveform full of harmonics. Frequency often varies 
by several Hz either randomly or as a function of load.'* Voltage may vary by as much as 
10% from no to full load. On the other hand, the author’s computer doesn’t seem to care, 
working well on such a UPS. A small FM radio, however, buzzes loudly when powered 
by the same UPS. 

The higher the power quality — the “cleaner” the power that is produced — the higher 
the cost. Truly “perfect” power quality, voltage that varies very little from an exact 
sinusoidal waveform regardless of source or load behavior or events, 1s quite expensive to 
produce. High quality filters and power quality cleanup in the UPS converter, which 
provides the output power when needed, can double, triple, or even further increase the 
cost of the entire UPS over a standard unit. But high quality units are available in a range 
of types and capabilities, so that potentially a consumer can have whatever he or she 
wants if they are willing to pay for the quality. 

However, not all UPS systems provide anything above “mediocre’”” power quality. 
Some low-cost UPS appear to have been designed to maximize “store appeal,” with the 
highest possible power and energy levels that can be advertised on the box (“Powers 250 
watts for up to 2 hours’’) and a very low cost. No details on voltage regulation, frequency 
stability, or harmonics content are given. Waveforms are usually closer to a square wave 
than a sinusoidal. There is nothing inherently wrong with this, since the units will power 
most equipment, even computers. And frankly, most consumers would not think to look 
for such statistics and would not necessarily know what the data meant if they did. But 
this does emphasize two important points. First, if power quality is important, a buyer 
needs to be very careful to study the details of specifications, and will need to be very 
selective when buying a UPS. Second, it would be best to make certain just what power 
quality is needed: one has to pay a premium for higher quality and it makes economic 
sense to make certain the capability is needed. 

Surge and sag protection devices are another popular power quality device with 
widespread appeal to consumers. The goal of the lowest cost surge/sag protectors is 
simply to protect an appliance from damage from high or low voltage (transient or 
otherwise, in most cases). The simplest and least expensive of these devices open a 
breaker if a surge or sag is detected and expect the owner to close the breaker again to re- 
activate the device. The appliance (e.g., computer) ceases to operate. These are 
essentially appliance-specific voltage- rather than current-sensitive breakers. More 
expensive surge suppressors are available that “shave” incoming surges, allowing the 
appliance to ride through surges and voltage spikes. 


'3 A UPS purchased at a local hardware store and used by the author for a desktop PC at his home has 
an output that varies from 57 to 62 Hz, depending on load. 
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Similarly, there are devices, including some mid- and high-quality UPS systems, that 
will shave voltage surges and spikes and fill in voltage sags, maintaining power to the 
protected appliance regardless. The author’s home computer UPS is not one of them. It 
was advertised as an UPS with a “surge protection circuit.” Unfortunately, that is a 
breaker located on the appliance side of the UPS. A voltage spike is not shaved by this 
device but instead travels through the UPS to the output side causing the breaker to open, 
dropping the appliance load. Thus, this UPS, which will keep a computer operating 
through a service interruption, will drop it instantly if there is a voltage spike.’ 

Harmonics mitigation equipment. Harmonics filters and blocks, which eliminate in 
one way or another off-primary frequency power from circuits, are widely available but 
not nearly as much a “retail” technology as UPS and surge/spike protection circuits. 
Harmonics are generated by nearly any non-linear impedance, such as a saturated 
magnetic core in a transformer or motor, a switched power supply, a light dimmer circuit, 
or any of numerous other household and industrial processes. But harmonics problems 
are not nearly as pervasive as interruptions and voltage surges and spikes.'? Almost all 
electric energy consumers experience interruptions, and are potentially exposed to sags 
and surges. By contrast, few will ever experience harmonics to the degree that it will 
affect the operation of their appliances. 

Peak and energy impacts. None of these devices make any noticeable impact on peak 
load and energy usage. 

Reliability and power quality impacts. The whole purpose of these devices is to 
improve reliability of operation of consumer appliances. 

Utility and consumer perspective. Consumers have created a high demand for 
“commodity” UPS systems and surge/sag protection for computers, big screen televisions, 
and other home electronics. Stores like Home Depot sell a lot of them. Commercial and 
industrial businesses also buy a lot of these (often just sending employees out to Home 
Depot), but they also seek whole-site and more capable systems, particularly for critical 
loads. A number of companies specialize in offering large, customized UPS systems for 
entire sites, often in company with backup generation that will start within a few minutes. 

Traditionally, most electric utilities stayed far away from offering UPS, surge and sag 
protection, or harmonics abatement equipment, perhaps because to do so would have 
been to admit that power quality was an issue. However, in the past five years several 
utilities have begun to sell UPSs, surge/sag protection services, and fee-paid harmonics or 
power quality improvement services. 


Utility-Sponsored Load Reduction Programs 


A 21* century electric distribution utility may find itself implementing something similar to 
the DSM programs of the late 20" century, for several reasons. First, they may be ordered 
to apply conservation and demand reduction measures where they are cost effective, or at 
least evaluate them and show that those they are not using are not cost effective. Second, a 


'¢ The author treasures this device, and the box it came in, as a demonstration of “getting exactly what 
you pay for.” The unit’s brightly colored box promised to support “up to 250 watts” (it powers a 220 
watt computer with no problem), for “up to two hours” (it has kept the computer going for nearly that 
long), and promised that it “protects computers and similar equipment from voltage spikes in the 
utility supply.” It seems to do this, but doesn’t keep the computer energized after the spike. 

'S Harmonics, particularly if measured with respect to current, are ubiquitous in most household and 
business wiring systems. But high harmonic current content seldom causes problems. High harmonic 
voltage content may (usually will) lead to problems. When harmonics do cause a problem, solutions 
are not “one size fits all” but need to be carefully tailored to solve the particular problem at the site. 
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utility may decide to consider these methods as a way of reducing its costs, without 
regulatory prompting. Either way, planners will need planning methods that (1) assess 
energy and demand reductions, (2) can address coincidence and location issues of those 
reductions, (3) provide reasonable cost estimates of the DSM methods for cost effectiveness 
evaluation, (4) balance these methods and their benefits and costs against T&D needs and 
the benefits and costs of traditional system additions. 


10.3 CONSERVATION VOLTAGE REDUCTION (CVR) 


Conservation Voltage Reduction (CVR) involves lowering the load on the distribution 
system by reducing the voltage on the distribution system, as shown in It is a 
“DSM” program that can be implemented only by the utility. 

The concept behind CVR is that a reduction in voltage will reduce the load of every 
appliance used by every customer, and hence reduce peak and energy usage. For pure 
impedance loads, such as incandescent lighting or resistive water heaters, instantaneous 
power consumed is proportional to the square of the voltage (Power=V’R). Hence a 5% 
reduction in voltage results in a 10% reduction in its demand. However, some loads such as 
induction motors draw more current as voltage is reduced -- their load remains constant, or 
even increases slightly (if losses are considered), as voltage is reduced. The composition of 
load in a system needs to be taken into account in determining if it is a good candidate for 
CVR. But overall, on many systems, tests have established beyond any doubt that an 
instantaneous 3% drop in voltage at the substation instantly reduces the load on a 
distribution feeder by something approaching 3%, and one of 5% produces about 5%. 


Practical Matters Associated with Reducing Voltage on the System 


CVR is implemented on a permanent basis by adjusting transformer turns ratio taps at the 
substation or adjusting the settings of LTCs or voltage regulators at the substation and out 
on feeder trunks. Most utilities have little problem reducing voltage by 2-5% for CVR using 
these means. 

But making it work in conjunction with meeting all other, and prior, distribution 
operating goals, particularly that of meeting consumer voltage delivery standards, requires 
some additional effort. Overall, the impact on the operation and design of the distribution 
systein due to CVR is a 1equirement that it operate with less voltage drop overali, and 
ultimately a need for much better focus on voltage drop and control of voltage during 
operation of the system. Figure 10.4 shows the most simple, ideal case, one that does not 
happen very often. There, the feeder was operating with a voltage drop much less than 
permitted by standard, and CVR could be effected by simply lowering voltage at the 
substation. 

shows a more common situation. The feeder is close to the voltage drop 
limit at the end, something that was identified in as good engineering — use all of 
the resources available to the planner before spending money on additional capacity or 
voltage performance. In this case, reducing voltage means that the utility must add voltage 
control] equipment in order to keep voltage above the minimum required by its service 
quality standard at the end of the feeder and keep it low over the rest of the range of the 
feeder. Thus, CVR requires more and more carefully placed voltage regulators and 
switched capacitors. But these changes can be implemented successfully. Whether they are 
cost-effective depends on the utility’s perspective and its energy and peak reduction needs, 
as will be discussed below. 
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Figure 10.4 Conservation voltage reduction lowers voltage on a feeder to the minimum possible. 
Under the right conditions this will reduce peak load and energy usage. 
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Figure 10.5 Conservation voltage reduction can result in too much voltage drop for customers at the 
ends of the feeders. Here, customers for the last .5 miles on this lateral branch see voltage below 
minimum guideline (dotted line) with CVR. Note that the slope of the voltage profile with CVR is 
steeper than without (total voltage drop to the end is about .45 volt more with CVR). The loads on this 
feeder are predominantly constant-power loads. As voltage goes down, they compensate somewhat by 
drawing more current, increasing voltage drop. 
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Figure 10.6 Two different plans for rather extreme levels of CVR re-engineering of the feeder 
produce different voltage profiles. Solid line involves reconductoring the feeder for less voltage drop. 
Dotted line uses the existing conductor and installs a regulator near the feeder midpoint. It applies 
some CVR across the entire feeder. The reconductoring produces far fewer electric feeder losses than 
the regulator scheme, but the regulator scheme produces a lower average voltage up and down the 
feeder. 


How much can voltage be dropped in a realistic CVR program? 


The amount of permissible CVR program voltage reduction permissible on utility 
systems varies a great deal depending on design, load characteristics, etc. However, 
generally: 


Rarely can one implement a “theoretical” across the board constant 
reduction (Figure 10.4)| Most often, reductions affect only parts of each 
feeder, as illustrated by the re-engineered feeder profiles in Figure 10.6. 


Most feeders can absorb reductions of averaging about 1-1.5% without 
too much re-engineering. There will be exceptions, feeders where no 
CVR can be applied without major re-engineering and additions. 


Reductions of about 3% can be effected through considerable refinement 
of voltage engineering on feeders and the installation of properly tailored 
line regulators and switched capacitors. 


Reductions of up to 5% and in some cases a bit more than 6% can be 
effected during emergencies, if the utility has previously prepared to 
handle a 3% reduction without problems, as described immediately 
above as an emergency peak shaving measure. 


On many utility systems, for the emergency situation listed above, the voltage delivered 
to consumers near the end of feeders will fall noticeably below the minimum dictated by the 
utility’s standards for normal voltage service. Such situations are tolerable for brief periods 
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because the “emergency conditions” permit application of emergency voltage standards. 
For example, utilities using ANSI standard C84.1-1989 as their voltage standard can get 
over three additional volts for emergency CVR. The standard lists 105% to 95% of nominal 
of utilization voltage as the standard for normal conditions but a range of 105.8% to 91.7% 
as allowable for certain temporary or infrequent operating conditions, i.e., emergencies. 


CVR Works Well in Short-Term Tests 


Without doubt reducing voltage reduces load. This is easy to see with what is called a 
“notch test”: drop the voltage at the substation low side bus by adjusting LTC controls or 
regulation by a total reduction of 5% while monitoring current. The reduction in power 
usage is obvious. Averaged over more than 20 utilities the author has worked with on CVR 
programs, systems generally respond slightly better than linearly: a 5% CVR gives about a 
5-6% reduction in load. Raise the voltage back to its original level fifteen minutes later and 
the load instantly goes up by a like amount. It is hard to argue with this type of “notch test” 
(short-term drop and rise back in voltage). Every one of these the author has observed has 
indicated that voltage reduction reduces load by about or a little better than a 1:1 ratio. 

But this does not mean CVR works this well as an energy reduction measure. What is 
often not recognized is that such “notch tests’ do not mean that that reduction lasts 
permanently. In fact, CVR interacts with diversity of appliance loads, so that certain 
appliances “fight” the voltage reduction after a period of time, in a process called “duty 
cycle rebound.” 


Duty Cycle Rebound: A Complicating Factor 


Consider an electric water heater rated at 4,000 watts at a nominal 230 volts. What 
happens when its voitage is reduced by 5% to 207 volts? Its load instantaneously drops 
by very nearly 10%, to 3,610 watts. However, this water heater is still operating under 
thermostatic control, and that thermostat still intends to operate the water heater elements 
so that it maintains the water in its tank at the same temperature as it was prior to the 
CVR occurring. The water heater thus compensates for its lower heating output by 
running at a 10% higher duty cycle. For example, where it might normally have operated 
for fifteen minutes in an hour, a duty cycle of 25% at 4,000 watts, it now stays on for an 
extra 1.5 minutes. Operating now for 16.5 minutes in the hour (a duty cycle of 27.5%, ten 
percent more than before), it obtains the same 1 kWh of energy that it would have 
without CVR: 


Energy use prior to CVR = 15 minutes x 4kW = 1 kWh 
Energy use after CVR = 16.5 minutes x 3.61 kW = 1 kWh 


In the long term daily kWh usage and its contribution to system peak in every hour where 
it runs less than 100% of the time remains exactly the same as before. Since under normal 
conditions, even of extreme peak conditions, water heaters never run more than about 
60% of the time in any hour, this means that over the course of a year, no net reduction in 
energy usage by water heaters occurs due to CVR. All draw power at a slightly slower 
rate, but each draws it for a correspondingly longer period. 

Also, no peak reduction occurs due to CVR impact on water heaters. Prior to CVR, 
perhaps there were 100,000 electric water heaters, each of average connected load of 4 
kW, operating on the system at 25% duty cycle during the peak hour. That means an 
average of 25% were activated at any one time during peak hour, so water heater 
contribution to peak demand was 


Copyright © 2004 by Marcel Dekker, Inc. 


360 Chapter 10 


25% x 100,000 x 4 kW = 100 MW 


After CVR has been implemented, the connected demand of each water heater is now 
only 3.61 kW instead of 4 kW. But duty cycles have rebounded to 27.5% to make up for 
the slower rate of energy delivery to each water heater. Thus, contribution to peak 
demand is 


27.5% x 100,000 x 3.61 kW = 100 MW 


Similarly, air conditioners, heaters, electric ovens, stoves, water well pumps pressurizing 
storage tanks, and most of the other “heavy” loads in most homes and businesses operate 
on some sort of thermostat of “performance” control, and no long-term reduction in 
energy usage occurs among these loads. Only lighting, particularly incandescent lighting, 
and non-controlled impedance and constant current loads do not rebound in this manner. 


CVR Does Provide Energy Reductions, But of 
Lower Amounts than “Notch Tests” Indicate 


But CVR does provide permanent reductions in overall energy usage and in peak 
demand. They are just a bit lower than might be expected from “notch tests.” While a 
majority of home and business appliances (as measured by demand and energy usage) on 
most utility systems are of the type that rebound, as explained above, a good portion are 
not. But roughly 25-30% of electric load is lighting. Another 10% typically consists of 
inexpensive “regulated” AC-DC power supplies (in low-end electric and consumer 
equipment) which often looks something like a constant current load. 

Assuming all lighting responds to CVR like an impedance load would, when voltage is 
reduced by 5%, the load of this 25-30% portion of demand would drop by 10%, for a 
reduction amounting to 2.5% to 3% of the total. The constant current load portion would 
drop by 5%, for a reduction of .5% of the total. Thus, a 5% CVR would obtain a permanent 
reduction in energy usage and peak loads of about 3-3.5% from a 5% reduction. Of course, 
not all lighting is constant impedance load, but there a small portion of other non-controlled 
impedance loads on most utility systems. Overall, the author believes that this rule-of- 
thumb based model of CVR impact provides the best general estimate of its capability. 
Long-iasting demand reductions of from 50% to 75% of the amouni of voltege reduciion 
can be obtained. CVR does work, well, as an energy reduction means. It does not work 
nearly as well as often expected based on short-term tests, which show a reduction of about 
twice that much, but it can be an effective energy reduction measure. 


Less rebound during some extreme winter peak conditions 


Duty cycle rebound cannot occur if the duty cycle of the affected appliances is at or very 
near 100%. For example, if the duty cycle of the water heaters used in the example above 
had been at 100% during the peak hour, reduction in demand that hour would have been 
10%, not zero. Had it been above 91%, some reduction would have been seen, an amount 
equal to 100% minus the actual duty cycle. 

But few thermostatic or pressure-controlled appliances operate at 100% duty cycle, even 
during peak. Water heaters typically operate, at the time of water heater peak demand, at 
only between 30% and 15% duty cycle, depending on the characteristics of both usage, and 
water supply temperature in the utility service area (see Chapter 3). Air conditioners and 
heat pumps are designed to operate at 80 to 90% during peak conditions. (And in addition, 
they are mostly motor — i.e., constant power — loads so CVR makes only a small reduction 
on their demand anyway). 


Copyright © 2004 by Marcel Dekker, Inc. 


Distributed Resources 361 


In order for a major appliance to yield a large reduction during peak, it would have to be 
an impedance load and be at or near 100% duty cycle. The only appliance in wide usage 
among households and small businesses that meets this categorization is resistive space 
heating, either of the direct or radiator and baseboard (hot water flow) type. Also included 
here are the resistive assist heating elements in many heat pumps designed for intense 
winter usage. All of these appliances are mostly constant-impedance loads, and can be very 
near 100% duty cycle during extreme weather winter conditions (worst winter in 20 years, 
etc.). 

Thus, during really extreme winter peaks, when heating demand is very high, the load of 
all types of resistive space heaters is affected by CVR, perhaps greatly. It thus acts as a 
brake on winter extreme weather peaks. Summer peaks, however, will not react in this way 
because AC and heat pump loads act mostly as constant-power loads, so even if they are at 
100% duty cycle, CVR does not affect them (there is neither a significant load reduction or 
any rebound). 


Using CVR as a Peak Shaving Method 


CVR, implemented as described above (on a permanent basis, lowering voltage to the 
lowest possible value that meets minimum standards) will reduce peak demand, too, since 
it reduces demand every hour of the year. However, it can be used as a peak reduction 
tool only in a way that provides temporary reductions in peak demand that are much 
greater than this “permanent CVR” amount. To do so, the utility must apply CVR only 
during peak periods. 

Consider a summer peaking utility that operates at “normal” voltage levels for most of 
the year, so that at the beginning of its peak hour, late in the afternoon of a July day, it 
can drop voltage by 3%. All loads that will rebound, including those like water heaters 
that will “rebound” by operating at longer duty cycles, instantly drop in load, so the 
utility sees a system wide reduction of something between 3% and 6%. For the sake of 
argument here, it will be assumed this reduction is 4.5%, or about three times the long- 
term impact that a permanent reduction would provide. 

How long will this reduction last? Tests carried out by the author in the mid 1980s 
indicated it lasts longer than might be expected. Almost an hour and half passes before 
there is a noticeable indication the reduction is dropping, and it takes more than two 
hours before the decrease in loading degrades to the long-term figure of only 1/3 as 
much. The reason is the duty cycles of water heaters and other appliances that are not 
operating at the time the reduction is implemented. Consider a water heater that jusi 
switched on at the time the voltage reduction is applied. It is at a typical water heater 
cycle, 25%, so it wants to run for [5 minutes, and will now operate for 16.5 minutes 
under CVR. Thus it will be about 15 minutes before the “rebound effect” of this water 
heater’s additional duty cycle operation will be seen on the system. 

In the normal course of events, during the next few minutes, other water heaters, off 
when the voltage drop took place, cycle back on, exactly as they would have had the 
voltage stayed normal (voltage reduction makes no difference in the duration of the “off 
cycle” of any device). They come back on at a time when not quite as many water heaters 
as one would have expected have shut off, and thus there are a few more water heaters 
running than there would have been if the voltage had been left the same. All are running 
at a lower load because of the lower voltage, but over time, due to the slightly longer 
operating cycle of each, more are operating at any one instant (in fact exactly 10% more) 
and the total coincident demand due to water heating coincident demand is back to where 
it would have been had voltage never been reduced. Eventually, 10% more water heaters 
will be operating at any one time, each at 10% less demand. There will be no reduction. 
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Now consider a water heater that switched off just a second before the voltage 
reduction occurred. Again, operating at 25% duty cycle (and assuming that its cycles take 
about an hour), it will be 45 minutes before it switches on, at a time it would have even 
without CVR. Its demand will then by lower than it normally would have been, and it 
will be a further 15 minutes before its rebound occurs, too. Thus, it will be an hour and 
fifteen minutes before the system sees its rebound. In actuality, during summer, the duty 
cycle length of many water heaters is well over an hour, so rebound can take as long as 
two hours to occur. 

This correction in the number-of-units-operating-at-any-one-moment occurs only after 
one complete off-on cycle of all water heaters in the system has taken place, and because 
water heaters operate infrequently, this can take up to two hours. Thus, gradually during the 
hour or two after voltage is reduced, duty cycle rebound slowly erodes a portion of the load 
reduction, at least that of water heaters and similar devices. 

Other controlled impedance appliances, including heaters and ovens, also react in this 
way: they only recognize they need to operate longer when they switch on. Thus, rebound 
takes time to occur, being a function of the duty cycle. After this period of adjustment, the 
actual peak load reduction will be somewhat less than a simplistic approach suggests. 


CVR Cost 


CVR’s major cost impact of implementing CVR is at the distribution level, where it can 
increase cost of feeders in some cases. In other feeder cases, it can be applied at no cost, 
occasionally with little more effort than the resetting of transformer taps and LDC settings. 
However, CVR reduces the voltage drop allowed to distribution planners to distribute 
power, a consideration in systems that are well designed from a load reach standpoint and 
have no margin in voltage. 

In some cases, CVR can be implemented only by modifying the feeder system (adding 
regulators or re-conductoring) to overcome voltage drop problems caused by CVR’s 
effective change in voltage standards.'° Beyond this, by limiting the voltage drop available, 
feeders will have less margin to accept new load growth before the (now revised) voltage 
drop criteria are exceeded — they will need to be reinforced more often and perhaps in a 
more costly manner. 

Additionally, the utiliry needs to consider the ‘impact of CVR on load reach and the 
loss in value of that. In some cases, the loss in capability of the distribution system is 
considerable, and the overall cost of future additions and expansion is considerable. This 
is not to say that CVR is not economical or that it should not be examined as an option, 
merely to point out that the present and future costs on distribution should be taken into 
account in developing evaluations of benefit/cost. 


Utility Perspective 


Traditionally, most vertically integrated electric utilities preferred to use CVR as a “last 
ditch” peak shaving method. Using it as an energy reduction method reduces revenues, so 
they generally do not view it favorably. For this reason, some utilities resisted CVR, and 
others merely did not respond with the same enthusiasm they would have had if CVR 
would increase revenues by 3%. Lower voltages also meant less margin for unknowns or 
voltage regulation problems, and planners, engineers, and operators all had concerns 
about that. Finally, the appeal of a significant peak reduction capability if used only for 


© Some state utility commissions require CVR implementation at the distribution level but permit 
utilities to not apply it in cases where they can demonstrate an adverse cost impact. 
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peak shaving was great. CVR does work, it can be implemented where and when needed 
and it delivers relatively big peak reductions, if only for brief times. Thus many utilities 
reserved it for their peak shaving mechanism and did not implement it under normal 
conditions or as an 8760-hour measure. 

In fact, most utilities operated, and continue to operate, their systems nearer the high 
than the low end of the permissible voltage spectrum. This is not due entirely, or perhaps 
even in the majority, to the fact that this reverses the CVR effects and increases revenues 
by a small amount. The author has grown convinced in over 25 years of working with 
utilities that this is mainly a culture attitude. Utility planners, engineers, and operators 
believe that providing slightly higher than nominal voltage is simply better for their 
customers. They also know that higher voltage gives them a margin that will help them 
maintain service during unexpected operating contingencies. Certainly, however, most 
electric utilities tolerated this situation because it had no adverse, and perhaps a slight 
positive, impact on revenues. 

In a de-regulated power industry, many utilities will no doubt continue to have the 
same perspective about CVR. These companies are essentially still vertically integrated, 
at least to the extent of being local delivery (T&D and retail sales) companies and still see 
the revenue reduction as something to be avoided. In particular, utilities under rate 
freezes have to be very concerned about anything that would erode revenues. They have 
no mechanism to adjust rates to compensate for a change in the coverage of their fixed 
costs (see the Rate Impact Measure Test discussion of cost evaluation, later in this 
chapter). 

However, utilities that meet the strict definition of wire companies — electric delivery 
utilities who operate the T&D system but do not actually sell the power transported over 
them — might take a different view of CVR, depending on the regulatory framework 
within which they work. Depending on how they are compensated for their delivery 
services, these utilities may be indifferent to whether the energy delivered over their 
system is reduced or not. Or they may have a different financial incentive that makes 
them less reluctant to consider reductions. Finally, many will service at least a part of 
their income, and some a major portion, by billing for the peak demand they transport 
over the system (that being what applies against their capital charges for capacity and 
allocation of a iarge part of their fixed costs). Therefore, CVR’s reduction in peak 
reduction demand will not appeal to them except as a very “last ditch’ emergency 
measure. 


10.4 DISTRIBUTED GENERATION 


Three Ways to “Burn” Fuel to Provide Electric Power 


Distributed generation most often uses some form of conventional fossil fuel, like gasoline, 
diesel or fuel oil, natural gas, propane, methane, or gasified coal, to produce electric power. 
In every case, regardless of fuel, through very careful design and often intricate timing 
of events, measured amounts of the fossil fuel are oxidized — purposely combined with 
oxygen — to produce heat, and perhaps pressure, and, ultimately, electricity. There are three 
major ways in which oxidizing fossil fuels are used to produce electric power. 

In two of these three approaches, the fuel is burned and a portion of the heat produced is 
transformed into mechanical rotation, which spins an electric generator, producing 
electricity. The first of these approaches, the reciprocating piston engine, uses the heat and 
pressure from combustion to move a piston inside a cylinder, converts that linear motion to 
rotation of a crankshaft, and uses that rotation to spin an AC electric generator. 
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The heat and pressure created by combustion can also be used to spin a turbine wheel. 
The fossil fuel is burned very close to the turbine vanes, producing a rapidly moving gas 
that passes over the turbine wheel’s vanes, causing it to rotate. Again, this rotation is used to 
turn an electric generator. 

The third way to obtain electric power from fossil fuel is with a fuel cell. Fuel cells do 
not use combustion -- oxidation is performed by chemical catalyst. Fuel cells are essentially 
fuel-powered batteries, producing low-voltage DC current via the microscopic catalyst- 
enhanced oxidation of hydrogen from the fossil fuel, in the presence of electrolytes. This 
DC power is converted to AC power using electronics. 

Other, less proven ways to produce electric power from fossil fuel have been developed 
(i.c., thermophotovoltaic), but these three methods appear to be the only economically 
viable approaches. 


From Less than 1 kW to More than 25,000 kW 


Distributed generators are available in sizes from less than 5 kW to 25,000 kVA (even 
larger turbine and diesel units are available, but 25,000 kW is the top of the “DG range” 
being considered in this book). Generally, large reciprocating and combustion turbine 
generators are designed for heavy, long-term use, and are available in sizes from 1,000 
kW on upwards. Large fuel cell systems are available in capacities from 1,000 kW up to 
10,000 kVA. These larger size DGs are usually installed at the primary distribution 
voltage, e.g., on portions of the electric system between 2 and 25 kV phase to ground, 
and are restricted to applications at large industrial sites, or on the electric utility system 
itself. Some are applied as base load, used 8,760 hours per year, while others serve as 
peak-reduction units used only during periods of high power demand. 

Smaller DG units are available in sizes from 1,500 kW down to as small as 5 kW. These 
units are intended for very dispersed applications, as generators for individual homes and 
small businesses or as portable power units for construction sites, etc. Reciprocating piston, 
fuel cell, and a type of turbine (micro-turbine) are all available in this range. 

Such “mini” and “micro” generators are almost always installed on utilization voltage 
level (120/240, 480, or 600 volt) circuits, often on the customer side of the electric utility 
meter. Applications for these types of units can include providing power for all of the 
electrical demand at a residence or small commercial site, or just providing power for peak 
shaving. They can also be devoted solely to improving availability of power, including 
usage in UPS (uninterruptible power supply) and standby or emergency power systems. 


The Carnot Cycle 


Most fossil fuel DG units are powered by heat engines. They convert heat into mechanical 
motion by allowing that heat to move from a place of high temperature to a place of lower 
temperature in a manner that causes mechanical motion. Fuel cells can also be viewed as 
electrical heat engines: they create electrical rather than mechanical motion while 
channeling heat flow from high to low temperature points. 
The fuel efficiency of a heat engine has an upper bound that is defined by the basic 
Carnot cycle equation: 
eis , ‘ Trigh - Trow 
Upper limit on engine efficiency = oOo (10.3) 


where Tha, is the temperature on the high side of the energy transformation machinery, for 
example, that inside a turbine engine, and Tjy is the temperature on the low side, for 
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example, on the outlet side of the turbine exhaust, all measured in absolute terms (degrees 
Kelvin). 

While the Carnot cycle and equation 10.3 above have many implications for DG 
engineering, the most important implications are: 


1. The higher Tyig,, the higher the efficiency. It can be raised by using a 
hotter-burning fuel, by burning the fuel under higher pressures, by 
burning a leaner fuel mixture (higher air/fuel ratio), or by insulating the 
combustion areas so the internal areas of the engine run hotter. 


2. The cooler Ty wy, the higher the efficiency. Heat engines work on a 
difference in temperature. Regardless of This, the efficiency can be 
improved if heat can be “dumped” to a lower low temperature. 


Qualitatively, the relative efficiency of almost all types of DG, and the basic concepts 
behind various efficiency-improvement approaches, can be understood by applying this 
simple pair of “Carnot cycle rules.” In almost all cases, whether one is talking about diesels, 
turbines, fuel cells, or even solar power for that matter, units that run at higher temperatures 
and “dump” their heat to lower temperatures produce more power from the same amount of 
fuel (or sunlight). 


Fuel Efficiency and Heat Rate Curves 


All fossil-powered generating units have an efficiency that varies as a function of output 
level. The heat rate curve, or efficiency-vs.-output curve, for a generator shows how many 
BTUs of fuel it requires in order to produce a kWh of electric power, as a function of the 
amount of power it is producing. shows heat rate curves for three DG units, in 
per unit form, to stress how the efficiency curve shape varies from one unit to another. Note 
that while curve shapes are quite different, each type — fuel cell, turbine, and reciprocating 
piston — has some point or range in which it is most efficient, where it requires slightly less 
fuel per kW than at any other output level. Heat rate curve shapes vary widely among DG 
units. A DG designer can alter the shape of a unit’s heat rate curve by changing various 
elements in the machine’s design, to make the same DG unit have different “optimal” 
operating points fcr its intake, exhaust, fuel injection, generator, and others parts. 


Piston Engine Driven Distributed Generators 


Reciprocating piston engines produce rotating mechanical power by the use of pistons — 
essentially round seals that slide back and forth in cylinders within which a fuel is burned. 
The burning fuel forces the pistons out. A crankshaft converts that linear motion to rotation 
and, through its inertia, forces the piston to slide back and forth in the cylinder so the 
process can be repeated cyclically. illustrates the basic operation of a piston 
engine. 

The reciprocating piston engine provides the mechanical motion needed to drive a 
rotating electric generator. Reciprocating piston engines turn at roughly the speed of steam 
turbines (1,200-6,000 RPM), which is relatively slow compared to some gas turbines, 
particularly smaller micro-turbines (up to 100,000 RPM). This rather “traditional” speed of 
rotation for piston engines (similar to that of steam turbines) means that traditional types of 
generators are most typically used. Four types of generator can be attached to reciprocating 
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Example Heat-Rate Curve Shapes 
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Figure 10.7 Heat rate curves for three different DG units, in per unit scale of their maximum output, 
illustrate the different way in which efficiency varies as a function of output depending on the type 
and design of a DG unit. 


engines to produce electric power, synchronous AC, inductive AC, DC with DC/AC 
conversion, or written-pole synchronous AC generation. By far the most widely used is 
the synchronous AC generator — the same type used on “real” (large central station) 
generators. Alternating-current frequency is therefore controlled by controlling engine 
speed. 

Piston-engine generators use a yasouc, diesel, natu:al gas, or propane/methane 
powered piston engine to spin an electric generator, with the engine’s crankshaft and the 
generator’s rotor usually spinning at the same rate on the same or directly coupled shafts. 
Piston-engineé DG is both the most popular DG unit at the present time and the 
technology that sets the performance/cost benchmark that other types of DG must meet to 
see any significant market success. Interestingly, it currently accounts for 95+% of all 
distributed generation on the planet, a figure that has remained stable, or slightly 
increased, in the past five years. Pistons may be an older technology compared to some 
other DG types, but they are still a viable, competitive technology. They will likely 
remain the power source of choice for very small (< 250 kW) electric generators in the 
foreseeable future. 

Reciprocating piston engines are a proven, mature, but still improving method to 
provide power for distributed generation systems. They have potential fuel economies as 
high as 45%, but their greatest advantages are a low-cost manufacturing base and simple 
maintenance needs. This last is often an overwhelming advantage: Among all the various 
types of DG, only a reciprocating piston engine — in particular a diesel engine — is so 
universally familiar that one can find someone to repair it virtually anywhere on the planet. 
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Figure 10.8 The basic Otto cycle of most reciprocating piston engines consists of four strokes, each 
during the movement of the piston through a full back or forth motion that corresponds to one-half 
revolution of the crankshaft. This particular engine uses flapper valves to control intake and exhaust. 


Disadvantages of piston-driven generators are a general lack of good “waste” heat for 
co-generation applications compared to turbines, exhaust emissions, noise, vibration, and 
weight. All of these can be mitigated by various means and probably improved greatly in 
future designs. 

Most people think of piston engines for DG in terms of the engines that propel 
automobiles and trucks. Some DG engines are derived from automotive applications. The 
piston engines in automobiles typically have between four and eight cylinders, in which the 
pistons are about 2 to 4 inches in diameter, and reciprocate at up to 8,000 RPM. But the 
piston engines used to drive larger piston-engine generators (diesel generators up to 50,000 
kW have been built) have much bigger pistons, often more than 4 feet in diameter and 
weighing several hundred pounds each. Engines with such heavy reciprocating masses turn 
at speeds as low as 50 RPM, far below the RPM rate of smaller engines, partly because it 
requires too much mechanical strength to reciprocate pistons thai heavy ai high speed Bui 
more important, the exploding gas (fuel-air mixture) inside a cylinder will expand with the 
same characteristics whether in a small or large combustion chamber. A 5-foot-wide piston 
with a 5-foot stroke, turning at 150 RPM, moves at the same speed as a piston with a two- 
inch stroke, moving at 4,500 RPM, and is just as compatible with the burn characteristics of 
the fossil fuel. Thus, large generators turn at lower speeds, small ones at higher speeds. 

Low-speed motor-generators operate at 50 to 150 RPM. Medium-speed generators run 
at up to 800 RPM, and high-speed generators at 1,200 to 1,800 RPM. Note that all these 
speeds are far below the normal rate of rotation for automobile piston engines. Automotive 
derived DG units usually run at 1,200-2,400 RPM. Regardless, although there are 
exceptions, almost all piston-engine DG units use a constant-speed alternating-current 
generator and run at as close to a constant speed as possible. 

While proven by decades of use, and not as exotic as some other forms of DG, 
reciprocating engines have tremendous potential for further future improvement. The 
impending demise of the internal combustion piston engine has been forecasted by 
various proponents of newer designs for most of the last one hundred years. Its 
replacement has successively been predicted to be the turbine, various new designs or 
“cycles” involving rotors, impellers, vibrating fluids, or other approaches for heat-to- 
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motion conversion, and the fuel cell. Every such prognostication overestimated the pace 
of development and advantages of the technology predicted to take pistons’ place, and 
underestimated the improvement that would continue in piston engines. 

No doubt, eventually, something will displace the internal combustion piston engine 
as the most widely used mechanical power source for small and medium applications on 
this planet. But frustrating as it has been for the proponents of rotating piston (e.g., 
Wankel) engines, small turbines, fuel cells, and other types of newer concepts, piston- 
engine technology always seems to stay just far enough in front to justify its continued 
dominance. And even at the beginning of the 21* century, there is no sign that this 
replacement will occur any time in the near future. 


Turbine Driven Distributed Generators 


A gas turbine generator uses a turbine spun by the expanding high-pressure gases of 
combustion to rotate an electric generator, as shown in Figure 10.9. Advantages of the 
gas turbine over all other direct-fueled engines include continuous combustion without 
reciprocating motion, low vibration, and very high power-to-weight ratio — lightweight 
turbine generators weigh only a sixth as much as reciprocating piston units of comparable 
output. Gas turbine driven generation has achieved significant market acceptance in the 
utility sector, particularly as central station peaking units, and for some larger 
“distributed” utility applications in the 10-25 MVA range. Some power producers have 
committed a significant portion, up to 100%, of their central generating capability to 
turbines. Gas turbines are also widely used in industrial power applications, in large 
petrochemical plants, paper mills, and other facilities that have significant power needs. 

Gas turbines are simple, compact, robust, but not outstandingly efficient devices which 
can be applied to turn electric generators in distributed generation systems. By varying the 
design, and using “physics” in different ways, relatively satisfactory fuel economy and 
durability can be obtained from turbines over a range of more than four orders of magnitude 
in size, from about 15 kVA to more than 150,000 kVA. 

Gas turbine generators fall into three categories of distinctly different design and 
operating characteristics. The easiest way to distinguish these categories is by size (physical 
or electrical output) as illustrated in but utility planners must realize that size is 
not the only, or even the most significant, difference among turbines in these different 
categories. 
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Figure 10.9 Turbines use a “continuous” flow with pressure differences due to intake and output 
turbine wheels that segment the flow into four distinct regions. The first corresponds to the intake and 
compression cycles of a piston engine|(Figure 10.8), the second to the power cycle, and the third to the 
exhaust cycle. The turbine produces a high-flow, low pressure exhaust flow (4) that is very suitable for 
CHP applications. 
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All three categories of turbine work on the same principle, but use markedly different 
designs and different types of generators depending on their size. As was the case with 
piston engines, they vary in design according to size because the flame and gas-expansion 
characteristics of the gas energy are the same regardless of size. A two-inch turbine in a 20 
kW micro-turbine generator must deal with the same expanding gas as a 100-inch turbine 
wheel in a 150 MW turbine. As a result, the former has to spin at 90,000 RPM to match the 
larger turbine’s blade tip speed at only 1,800 RPM. 

The largest category is the traditional utility gas turbine generators that range from 
about 10,000 kVA peak output to more than 150,000 kVA, with a typical unit being about 
70,000 kVA. This is the only one of the three categories for which the turbines were 
designed specifically for electric power applications. Turbines in the two smaller categories 
are invariably modified versions of turbines originally designed for other applications. 

In the middle of the size scale are mini gas turbine generators, units in the range of 
800 kVA up to about 10,000 kVA. Most of the turbines in this category are based on 
designs first produced for small aircraft, coastal and military patrol ships, helicopters, or 
battle tanks. As such, when used for DG, they are not quite as efficient and do not have 
quite as favorable maintenance and operating costs as the larger turbines designed solely 
for utility use. On the other hand, many are derived from military designs, which mean 
they are robust, durable, and capable of operation under very adverse ambient conditions. 

The smallest category of gas turbine generator, and the one that has gained 
tremendous cachet as a “revolutionary concept” that will alter the electric industry 
entirely, is the micro-turbine generator. Units in this category range from less than 20 
kVA up to about 750 kVA. The turbines used in these units were mostly designed 
originally for vehicular application, and many were not originally designed as turbines, © 
but as the turbine in a turbo-charger for a large piston engine. Table 10.2 compares these 
three categories of turbine generator. More discussion of their design, operation, and 
similarities and differences can be found in Willis and Scott (2000). 


Table 10.2 Comparison of Gas turbine Generator Categories 


Characteristic Micro Mini Utility 
Available range — kVA 20 — 500 650 — 10,000 12,500 — 265,000 
About the size of... a refngerator a large truck a building 
Original design based on... bus, truck engines _ aircraft engines utility needs 
Most typical fuels are . . . nat. gas, diesel nat. gas, diesel nat. gas, fuel oil 
Makes about as much noise as acarat40 mph 3-4 leaf blowers a jet plane 
Out of service once every... two years eight months year and a half 
Turbine generator usually is... single shaft two shaft two or three shaft 
Turbine spins at about . . . 70,000 RPM 15,000 RPM 1,800 RPM 
Generator type used is... DC with AC conv. AC sync. AC sync. 
Generator turns at about... 70,000 RPM 3,600 RPM 1,800 RPM 
Turbine & generator run at... variable speed constant speed constant speed 
Best fuel efficiency is about . . . 32% 30% 37% 

Can be bought and installed in . . . a week two months a year or two 
Typical cost/kW is... $950/kKW $450/kW $265/kW 
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Fuel Cell Powered Distributed Generation 


Fuel cells take a unique approach to using fossil fuel for producing electricity. Instead of 
burning fossil fuel to produce motion to drive a generator, they oxidize the hydrogen in a 
fossil fuel in a chemically controlled (catalyst-driven) process that causes ion migration 
through an electrolyte, creating a direct electric current and, hence, electric power. If 
designed and operated appropriately, they are nearly silent, very efficient, and produce 
virtually no polluting emissions. 

Fuel cells fall into five categories depending on the chemical basis for their operation. 
Ranked in ascending order of internal temperature (and thus potential Carnot-cycle 
efficiency) they are: proton exchange membrane fuel cells (PEMFC), alkaline fuel cells 
(AFC), phosphoric acid fuel cells (PAFC), molten carbonate fuel cells (MCFC), and solid 
oxide fuel cells (SOFC). AFCs are unsuitable for electric power application and used 
almost exclusively only in spacecraft. Alone among fuel cell types they require pure oxygen 
and cannot not “run” on air. The four of the remaining fuel cells types are potentially viable 
for at least certain niches in the DG field. In particular, PAFC, MCFC, and SOFC seem 
suitable for stationary power generation applications. 

Fuel cells are simple in concept, but very complicated in actual execution. High fuel-to- 
electrical efficiency comes from high internal temperatures, on par with or higher than 
inside combustion turbines. This means they must be robust designs made of high- 
temperature materials. In all of them, the fossil fuel needs to be “reformed” — stripped of its 
hydrogen, which the fuel cell needs, while the rest of the fuel’s contents 1s discarded 
(exhaust). Reformers use a type of catalytic converter to do this. Both reformer and fuel cell 
operate best under high pressure, requiring (high temperature) sealing and pumps for both 
fuel and air. The power is produced at high, direct current and low voltage and needs to be 
converted to AC at utilization voltage. All of this results in a machine that is actually quite 
complicated. Maintenance needs are perhaps no more than those needed by piston-engine 
DG, but they are very different: One can find a diesel engine mechanic just about anyplace 
on the planet, but fuel cell service persons are extremely rare. 

For over three decades, fuel cell technology has been developing and improving, always 
promising widespread commercial success “just around the corner.” Despite considerable 
work in the last decade, the three barriers to widespread fuel cell application are still high 
cost, lack of proven durability, and a need for a large, different service infrastructure (the 
aforementioned “fuel cell mechanics,’ among other things). Solutions to the second and 
third will follow automatically upon the first, so it all boils down to whether durable and 
reliable fuel cells can be produced at a competitive price. This is being addressed by 
government, industry, and manufacturers, but remains a challenge that no one seems able to 
meet. 

For some applications — those having particularly sensitive environments in which 
noise, vibration, or emissions are a major concern — today’s fuel cells are perhaps best for 
DG applications. But for most distributed applications they are too expensive and, frankly, 
not yet proven sufficiently for widespread application. 


Exhaust Heat for Co-Generation and CHP Purposes 


All fossil-fueled generators produce hot exhaust gases which contain a good deal of 
remaining energy which can, under some circumstances, be hamessed to provide additional 
value. Turbines and high-temperature fuel cells (SOFC) are best in this regard, producing 
hot exhaust gases that are useable for both additional power applications or other purposes. 
However, piston-engine units are sometimes fitted for this purpose. 
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Generators that produce additional power from the exhaust gases are called combined 
cycle units. The exhaust of some turbines is used to boil water to produce steam to power 
an auxiliary steam turbine in what is called a combined cycle turbine. A Cheng cycle 
turbine routes the steam back into the gas turbine, where it mingles with the fossil fuel gas. 
Both types can approach 45% fuel-to-electric efficiency in annual operation. 

Another option is to use the exhaust heat to boil water for hot-water purposes or for an 
industrial process. Paper mills often use gas turbine generator exhaust for their pulp boiling. 
In fact, often paper-mill turbines are designed as a balance between electrical and exhaust 
water heating applications tailored to the specific plant. DG units are often used to heat 
water for hot-water applications at smaller industrial plants and in commercial and multi- 
family residential applications. 

It is also possible to use absorption cooling equipment to use the waste heat for cooling. 
Specific piston and turbine “CHP” (cooling-heating-power) units have been designed 
specifically for office and apartment building applications. A good CHP application — one 
where the power, hot water and heating, and cooling outputs match the need of the site — 
can have an overall fuel to end-use efficiency approaching 80%. This makes CHP-based 
DG so cost-effective that very little can compete against it on the basis of overall cost. 


Renewable Energy: Wind and Solar 


Renewable energy resources offer a potential for power production using solar, wind, and 
a host of other power sources derived from ongoing natural processes of the earth’s 
environment. By their very nature renewable power sources are small, modular, and 
geographically distributed. For these reasons, and because they connect to the lower 
voltage parts of the grid, they are often classified as DG. 

Renewable power systems require no source of fossil or nuclear fuel, as in the case of 
gas, steam turbine, reciprocating piston, and fuel cell generation units. Some do require 
burning of a fuel: garbage, animal waste (methane), and bio-mass among them. Often, the 
motivation for building renewable generation is not to add local peaking support or 
reliability backup, but to obtain “green” energy production. Regardless an important 
advantage for remote location applications is that “fuel” is delivered to the site at no 
charge. For the significant portion of small communities worldwide that use diesel 
generation for electric generation, the delivery cost of fuel exceeds its actual cost. In 
addition, environmental impact is deemed low in most cases, and the fact that these 
power sources are sustainable without using any natural resources is appealing to many 
persons. 

Most renewable generators make far less environmental impacts than fossil fuel and 
nuclear power generation, but are less cost-effective as well. Many are subject to some 
degree of unpredictability in their energy availability and hence the net power output, and 
using them to provide dispatchable power depends on combining them with some form of 
energy storage. Many types of renewable energy also have site requirements that 
constrain them to locations with the right combination of natural factors. 

Hydro-generation is by far the most widely used, proven, and cost-effective 
renewable energy source. Where one has access to continuously moving water, some 
degree of power generation can be produced. Even small (250 kW) hydro units can be 
efficient and reliability if well designed, and can produce power that is cost-competitive 
with power form the grid. Of course, few consumers have access to the requisite river, 
stream, or waterfall, and there are often legal restrictions on the use of such sources for 
any purpose, generation included. But for farmers, ranchers, and rural homeowners who 
do have such sources available to them, small hydro power is an option, particularly if the 
water source has a rather continuous flow year around and if a smali reservoir or pond is 
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available to provide “energy storage” in the form of an upstream reservoir.’” 

Solar power. Among all possible renewable energy sources, the most flexible and 
applicable in many respects is solar power. The fuel costs nothing, but is available only 
during the day. However, unlike wind generation, solar power’s “fuel availability” is quite 
predictable (well-designed solar units will produce power even when the sky is overcast). 
But daily sunlight cycles remain a major constraint on design and duty cycle, as will be 
discussed in this section. 

Photovoltaic generation converts light energy directly into electric power, using any of 
several types of flat semiconductor diodes built with as large an area as possible and with 
their p-n junction located very close to the exposed surface. Solar electric cells produce DC 
electric power at low voltage, typically around 0.5 volt, whenever exposed to sufficient 
light. A single cell may be less than a square centimeter in size, and produce only a small 
amount of power, often much less than a watt. Usually many cells are connected in series to 
provide higher voltage, and in parallel to produce higher current, in what is called a 
photovoltaic array. As was the case with fuel cells, the DC output of PV solar cells must be 
converted to AC power by inverter/filter equipment if they are to be connected to the power 
grid or used to power AC appliances. For very small PV systems, the cost of this 
conversion equipment can be a significant portion of its cost. PV is a proven technology 
with more than 200,000,000 PV arrays in operation worldwide — the vast majority of them 
in calculators and similar small appliances. 

Solar thermal conversion systems use mirrors to concentrate reflected sunlight to 
produce intense heat energy which is used to transform water into steam, which in turn 
drives a steam-turbine generator. Larger (5 MVA and up) systems store great amounts of 
heat overnight so that they are dispatchable power sources. 

Smaller solar thermal systems use a Stirling cycle reciprocating engine, and have no 
storage. Either way, solar thermal units usually employ an AC generator, which means they 
have electrical output characteristics identical to traditional generation sources. In this 
respect, they represent a proven and risk-free technology, well understood and for which 
maintenance and operating experience is considerable. Overall cost is generally two to three 
times that of fossil fuel generation, but for remote applications where fuel delivery is costly, 
these simple, robust, and easy-to-repair systems are worth consideration. 

Wind power generation harnesses the energy in wind to drive electric power generators, 
using some form of “wind turbine” — essentially an optimized windmill driving an electric 
generator. Individual wind turbines fall into the DG size range, being between 75 and 3,000 
kVA output. However, most commercial applications include groups of these turbines 
arranged in “wind parks” of between 25 and 200 MVA total, and are treated as “green” 
central station power plants. Something on the order of 8,000 MW of installed wind 
turbines were in commercial operation worldwide, with over 1,000 MW of additions being 
made every year, nearly all of it in wind parks. 

The advantages of wind generation are no fuel cost, a total lack of exhaust emissions, 
modularity with a fairly linear power vs. cost relationship for large-scale (wind park) 
installation, a very robust, simple, proven technology, and potentially a 24-hour per day 
supply of energy. Disadvantages are somewhat higher cost than for fossil fuel generation, 
temporal unpredictability of energy production, as well as environmental impacts generally 
considered to be greater than solar power’s. 


'? Even a small reservoir, storing a day’s worth of water upstream, converts a non-dispatchable “run of 
river’ generator to something that can be relied on to track load well, improving its value as a 
generation source immensely. 
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Production cost of the resulting electric power depends greatly on location, local labor 
costs, and other factors. Most likely, small wind turbines will not be competitive with small 
fossil-fueled gas turbine generators and other similar distributed generation for sites located 
on distribution systems of major utilities, but large (3 MVA and up) units will become cost 
competitive when built in large wind parks in optimal wind areas. That said, the reader 
should recognize that there is a large market for wind and solar energy in developing 
countries with rapidly growing loads, because fossil fuel carries additional costs along with 
it, not often included in direct comparisons of price. Many developing countries simply do 
not want to import fossil fuel even if affordable — wind energy not only defers expenses, but 
improves their balance of payments. Finally, in developed nations such as the United States, 
electric services providers are discovering a considerable market for “‘green power.”” A good 
portion of the residential market, perhaps up to 10 percent, will pay a premium for power 
which has been produced by environmentally benign, renewable power generation 
methods. Wind turbine power is one viable means of producing this green power in 
“utility” amounts. 

Hydro-electric power is a proven and mature technology for electric power production. 
While most hydro plants have a substantial head (difference between high and low water 
levels on opposite sides of the water turbine), it is possible to generate electric power in DG 
amounts with a difference of only a dozen feet and a flow equal to that of many small rivers 
and large streams. Low-head hydro has been evaluated as feasible and economically 
competitive at many locations throughout North America, and no doubt large amounts are 
similarly available worldwide. 

Hydropower plants, low-head or otherwise, provide good 24-hour-a-day power 
production. Most low-head installations are “run of river” plants. They do not have a 
substantial reservoir of water storage behind them to vary output, but instead work with 
whatever flow the river provides.’® Thus, their output varies on a seasonal basis and from 
year to year according to the amount of rainfall upstream. Making a low-head hydro site 
dispatchable means building a reservoir behind it and making at least minor, and perhaps 
very major, changes in the water levels and coverage of lakes and rivers. This raises 
concerns about their environmental impacts on aquatic life and the changes wrought on the 
natural “cleansing’’ of the waterways by spring floods. These concerns have limited 
application of low-head hydro in many areas and in fact have led to initiatives by 
environmental groups to remove existing small hydro plants in states like Maine. 
Regardless, low-head hydro is a very proven, robust, and feasible renewable alternative for 
renewable DG in many areas of the world. 


10.5 ELECTRIC ENERGY STORAGE SYSTEMS 


Energy storage can often augment DG in three ways. First, energy storage can be used for 
stabilization purposes, permitting the DG to run at a constant, stable output level, even if the 
load fluctuates greatly and rapidly. Second, proper amounts of storage can provide energy 
to ride through periods when the DG unit is unavailable, for example, during the nighttime 
for solar power, or when the DG unit of any type is being maintained or repaired. Third, 
energy storage can permit a non-dispatchable DG unit to operate as a dispatchable unit by 


permitting its output at any moment to differ from the power being released to the demand 
or into the grid. [fable 10.3 lists these three purposes of energy storage and the key 


8 A large hydro plant may have a substantial water reservoir behind its dam, storing water equivalent to 
several hundred MW-years of net electrical power. This permits it to be dispatched and the ability to 
largely disregard short-term shortfalls in river flow. 
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characteristics that distinguish them from one another. Energy storage has other uses when 
applied without DG, either as peak shaving systems for utilities or as UPS backup for 
customer applications, but those are not emphasized in this chapter. 

This section begins by examining the application of energy storage to support DG, what 
it provides and why and when that can be of benefit. It then examines the various storage 
and operating qualities needed in an energy storage unit in order for it to perform those 
functions, and compares the various storage methods available. 


Energy Stabilization 


Figure 10.10) top, shows the typical load behavior encountered by a DG unit serving a 
single household load. This non-coincident load curve (see for a detailed 
discussion) varies rapidly from over 10 kW to less than 1 kW, many times during the 
course of a day, almost instantly shifting from high to low state and back again shortly 
thereafter. The large shifts are caused by major appliances such as space heaters, air 
conditioners, water heaters, electric dryers, and the like, which switch themselves on and 
off automatically under their thermostatic control. The short duration of the “needles” is due 
to the nature of thermostatic control. Seldom do these appliances run for a long period of 
time, as if on a contiguous basis: temperature is kept within a narrow band by running the 
unit (e.g., a water heater) for only short periods of time, but frequently, never letting the 
temperature rise or fall too far. 


Table 10.3 The Three Major Applications of Energy Storage with DG 


Planning Reason Why Energy Storage Is Being Applied in Conjunction with DG System 

Aspect Energy Stabilization Ride-Through Dispatchability 

Reason Shave needle peaks in the Provide energy to serve Provide energy stored to 
non-coincident load curve load dunng periods when stabilize DG availability 
due to large appliances, etc. | DG output is unavailable. to meet various schedules. 

Benefit | Lowers peak DG capacity Service from PV, etc., can DG owner can now bid and 
needed. Improves voltage now be maintained during sell power contracts for 
regulation. nighttime, etc. arbitrary schedules. 

Storage Must be enoughto“shave” —_ Dictated by load during Must be enough to transform 
appliance peaks and meet “DG unavailable” times. the DG schedule into the de- 
their short-term needs. Usually % day’s energy. sired sales schedule. 

Peak Relatively great: all the Relatively small, only one- = Requires more than for nide- 
energy stored must be re- eighth to one-tenth of stored though but much less, rela- 
leased in just a few minutes. _ energy. tively, than for energy stab. 

Method _ Based on detailed assess- Based on hourly analysis Based on hourly analysis of 
ment of daily load curve, of load needs over a year desired schedules, DG avail- 
on a minute-to-minute basis. and DG availability stats. ability stats, business cases. 

Design Typically high-energy, low- Must achieve size balance Must achieve an overall 
storage design withenough —_ between storage size and balance among DG unit size, 
capacity to avoid deep cycle. and DG. storage size, and total cost. 
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Figure 10.10 Top, non-coincident load of a single household, showing needle peaks due to appliance 
activity. Middle — coincident “individual household” load curve, 1/100th of 100 such homes, is 
smoother because random needle peaks of the various customers in the group “cancel out.” Bottom, 
non-coincident curve “filtered” by being put in parallel with a battery that fills in the needle peaks, 
averaging usage over 30 minute periods. 
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Nearly all small electric consumer sites display some such behavior, with needle peaks 
and rapid shifts in demand level (see Chapter 3p. A DG unit that will successfully serve 
such a load curve must have capacity greater than the high needle peaks. Power quality 
problems may develop anyway simply because the unit may not be able to react quickly 
enough to shift its output as rapidly as the demand shifts. 

Needle peaks occur during all seasons of the year and times of day: they happen more 
frequently during peak demand periods, but they occur less frequently, but potentially with 
just as high a load, during off peak periods, too. Equipment serving large groups of homes 
does not see this type of load curve, as shown in middle. The “needles” and 
“valleys” of individual customers in the large group cancel out, leaving a coincident load 
curve. 

The DG unit will see something akin to a coincident load curve as its load, if the load is 
connected in parallel with energy storage, so that the energy for the needle peaks is drawn 
from the storage unit, not the DG unit, with the energy “paid back” by the DG during the 
next valley. This permits the DG unit to run on a smooth, steady schedule, as shown in 
Figure 10.10, bottom. The energy storage filters, or “smoothes out,” the non-coincident load 
curve. It permits a generator to have a smaller capacity than the needle’s magnitude and yet 
still serve the load with good power quality. 

The reader who has not gone through this book thoroughly and finds the needle-peak 
behavior or appliances in Figure 10.10 puzzling can look at Chapter 3’s comprehensive 
discussion of coincident load behavior and why and how it occurs. 


Ride-Through Capability 


Solar power cannot provide power when the sun is not shining. Wind turbines cannot 
provide power when they are becalmed. Even a small hydro may “run dry” in the seasons 
between rains. No DG unit can provide power when disassembled for maintenance. The 
DG owner who needs power has two choices during these periods: 


e Use a backup source of power, such as another DG source or the utility 
grid 

e Provide for one’s needs with energy stored when the source was 
available 


The second option is often the most appealing, because another DG unit might not be 
any better (more solar power will not help at night, a fossil unit is unacceptable), and the 
grid may not be an available or economical option. 

The energy storage required to address these needs is quite different from that for energy 
stabilization. To begin with, the total amount of energy needed to be stored is much greater. 
For example, a system storing 4 kWh (equivalent to what is stored in two heavy-duty “car’’- 
type lead-acid batteries) will stabilize the DG unit serving the individual household load 
shown at the top of Figure 10.10, so that it sees essentially coincident load behavior. But to 
make it through a long winter night without power, the DG unit may need to store over 50 
kWh. 

Beyond this, during those periods when it is the sole source of power, the battery will 
have to be able to meet all the needle peak demands, not just help augment a DG unit. It 
will need a greater peak capacity, too. Generally, the DG planner will evaluate these energy 
storage needs using a load duration curve or an hourly simulation analysis, which would 
examine how often over the year, for how long each time, how much energy would have to 
be stored in the storage unit for it to do its job. This analysis would also make certain that 
there is enough DG capacity to “charge” the energy storage unit during off-peak periods. 
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Dispatchability 


Energy storage is also needed if a basically non-dispatchable energy source, such as PV, 
wind, or solar thermal, is to be applied in a dispatchable manner. Viewed purely from the 
standpoint of the value of the energy, dispatchable energy is worth more that non- 
dispatchable energy. Dispatchability permits the DG owner to commit in advance to certain 
production schedules, to provide a promised amount of power at a certain time, regardless 
of how much power the DG unit is producing at that time. 

The energy storage needs, as well as planning and analysis concepts for achieving 
dispatchability, are conceptually similar to those discussed above for ride-through 
capability. First, there is a load curve, or production schedule that must be met. Then, a 
sufficient amount of storage capacity, and peak capability, must be arranged to reliably 
serve this, given the expected production schedule of the DG unit. 

The differences in planning storage to achieve dispatchability, versus only ride-through 
capability, are related to more complex and demanding definition of “success” and 
exacerbated by the planner’s knowledge (or lack of it) of the expected production schedule 
which the dispatchable generation must meet. In planning ride-through, the planner 
generally has a good idea of the load to be served: one household load. Often detailed data 
on that load and its behavior over time are available, but even when they are not the target 
is Clearly identified. By contrast, dispatchability means freedom to vary production 
schedule to meet a variety of schedules by changing output times and amounts. The DG- 
storage planner must answer the question “how much freedom is needed in being able to 
control and shape the net output power schedule?” Once that has been determined, a load 
duration curve or hourly load curve analysis of the extremes of the range desired can be 
carried out. 

Second, the planner studying dispatchability has a more complicated “definition of 
success.” Ride-through planning had a simple goal: serve the load with no more than some 
small probability of failing to meet it. The storage need is dictated by a requirement to serve 
the load schedule. By contrast, in planning dispatchability the final decision usually 
becomes an economic balancing act: the more the planner spends on more storage, the more 
dispatch freedom the resulting system will have, and the more it can earn selling its power. 
The question is, where is the best paycif? At this point, the planning becomes a business 
planning situation, beyond the scope of this discussion. 


Performance Tradeoffs 


Energy storage units have eight major areas of performance which can, to a certain extent, 
be traded against one another: 


e Energy density e Power density Electricalefficiency ¢ Re-charge rate 
¢ Control system e Service lifetime ¢Physicaldimensions e Cost 


Each type of storage technology carries with it a different interaction in how 
compromises must be made among these performance categories. But all have some 
interrelationship: obtaining more of one means something must be given up in the others. 


Energy density is a measure of the basic capability of the system: How much energy 
(kWh) can it store in a specific space -5 kWh, 50 kWh, or 500 kWh? 


Power density is the amount of power the unit can give up, per its unit size. A 
particular storage unit that stores 100 kWh might be able to provide power at 10 kW 
per hour, meaning it would take ten hours to discharge. Another with the same 
capacity might be able to provide power at 200 kW, twenty times that rate, fully 
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expending its stored energy in half an hour. This is usually measured in kilowatts, or 
sometimes megajoules. 


Electrical efficiency is the percent of power pushed into the unit that is available to 
be withdrawn. A unit with 90% efficiency returns 9 kWh of energy for every 10 
kWh banked in its storage. Efficiency of most electrical energy units is a function of 
both the length of time energy 1s stored (as a result efficiency is always greater 
overnight than, say, over a week). 


Re-charge rate is the rate at which power can be pushed into the unit for storage. A 
particular 100 kWh storage unit might be able to provide power out at 10 kW, but 
accept power in at only 7 kW. This means that while it takes the unit only 10 hours 
to fully discharge at its maximum rate, it takes it a bit over 14 hours to be completely 
refilled. 


Control system design determines the degree to which the energy storage system can 
control the voltage and power quality of the AC power it is providing. Storage 
systems such as batteries vary their DC output as a function of both the amount of 
stored energy they have remaining and the rate of power flow they are providing at 
the moment. But this variable impedance of the battery can be compensated for by 
proper design of the AC power converter, which can also be designed so it provides 
harmonic-free, high-quality power. 


Service lifetime varies greatly among available technologies and depends very much 
on how the storage units are used. Lead-acid batteries are particularly notorious for 
having short lifetimes in applications where they are repeatedly charged and 
discharged completely. 


Physical dimensions and physical efficiency. The size and weight of a storage 
system are often important, particularly in automotive or shipboard applications, but 
also in electric power applications where the issue is whether a sufficient storage 
capacity will fit at a site. Weight is sometimes a factor in transportation and 
structural requirements. 


Cost includes both initial and continuing operating costs. Every storage technolcgy 
has an initial cost covering the system itself and its installation. Most require 
periodic inspection, maintenance, and perhaps re-calibration and replacement of key 
parts (bearings and seals) at periodic intervals. Some storage systems simply need to 
be replaced every so often. 


10.6 DISTRIBUTED RESOURCE COST EVALUATION 
Traditional Regulatory DSM Evaluation Frameworks 


Traditionally, DSM was viewed in all cases as an optional resource that would be added if it 
provided more benefit than its cost. Therefore, regulatory-driven DSM programs were 
typically evaluated by utilities and commissions alike using a benefit to cost (B/C) ratio 
analysis. Programs that had a higher benefit than cost were identified as feasible. Among 
similar DSM options, those with the higher B/C ratio would be the best choice. In selecting 
a few DSM options from a large “shopping list,” the B/C ratios can be used to rank-order 
the DSM programs. 

Similarly, consumers, both homeowners and business owners, make decisions about 
their energy management options based on comparing the benefit and the cost. There are 
substantial differences in the details of these value systems. Utilities and commissions in the 
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“DSM era” — the 1980s and 1990s — usually took a long-term (equipment lifetime, or 30- 
year investment depreciation) perspective. Most consumers use a very short, “payback 
period” perspective: “Does it pay for itself in two to three years?” Modern utilities vary, but 
most plan with a shorter horizon than in the 1980s — often only ten years.’ 

The benefits of DSM are the avoided costs of supply (generation, transmission, and 
distribution capital costs and the costs of energy) and end-use (consumer costs). In a B/C 
assessment, the avoided costs represent a savings or benefit. Avoided costs are typically 
expressed in $/kW for capacity-related costs only and in ¢/kWh for total costs (capacity 
and/or energy components). On the other side of the B/C ratio, costs are the expenses 
associated with a DSM program and may include the costs borne directly by the 
participants as well as the utility. These costs include such items as the technology 
(materials and installation), maintenance, and administrative expenses. 

But details of just what benefits and costs are included varied in the DSM era, and 
may be important today, to some utilities. There are two major types of cost-effectiveness 
tests which are utilized to assess DSM options: 


Total Resource Cost (TRC) Test 
Rate Impact Measure (RIM) Test 


The TRC test focuses more on minimizing the cost of electricity services while the RIM test 
focuses more on minimizing electricity prices to consumers. Each approach represents a 
different approach. 

Totai resource cost methods \abel a resource option as cost-effective when the present 
worth of all benefits over the planning period, no matter who receives them, exceed the 
present worth of all costs no matter who pays them. The allocation of costs and benefits 
between the utility and energy consumers — who pays and who gains -- is not a 
consideration when applying the TRC test. Neither are questions about whether all, or only 
a few, consumers win. If overall more win than lose an energy management program is 
considered be “good.” 

In some regulatory jurisdictions, the TRC test is referred to as the “All Ratepayers Test.” 
The benefits included in the B/C evaluation are all incremental direct savings accruing from 
the program inclucing consumer savings aiid the electric utility’s avoided costs. Costs 
include the electric utility’s costs related to the program and the total of all consumer costs, 
if any. Any loss of revenue by the utility is not included. 

Rate Impact Measure \ooks at how an energy management program affects the utility 
rates or the customers total bills (the two are not the same, some states used one 
perspective, others the other). Functionally, it differs from TRC mostly in that it considers 
changes in the utility revenue as well as costs. For example, suppose that a utility spends 
$5,000,000 to implement a program, thereby producing avoided costs for the utility of 
$6,000,000. Then it has a positive B/C ratio as evaluated by the TRC test. But suppose that 
the program cuts energy usage of consumers so that the utility loses $7,000,000 in revenue 
per year. This means that it will eventually have to raise its rates — there are fewer kWh of 
sales to cover the total of its costs. 


'? The reason is uncertainty about future regulation and technology. the future regulatory backdrop is 
not yet completely defined, utilities are naturally unwilling to make long-term commitments until they 
know they will be allowed long-term earnings. With respect to technology, utilities learned in the 
1980s and 1990s that technological obsolescence is a very real concern with respect to control and 
automation systems (as in many energy management systems). Quick payback of three to five years — 
within one or two “technology half-lives” -— is the basis for their evaluation. 
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The rate impact measure would label such a program as “ineffective” even though it had 
a BIC ratio greater than one. The basis for this perspective is the program’s impact on 
consumers who didn’t or couldn’t participate. Suppose the program was “swimming pool 
pump” control. A homeowner who does not have a swimming pool cannot participate, yet 
as a result of this program sees his electric rates increase slightly. 

Modern utilities generally prefer to use a business-case approach for evaluation of 
distributed resource programs. There, all utility costs, including loss of revenues, are 
weighed against all utility savings. If B/C ratio is greater than one, and risk from regulatory, 
technological, and other sectors is considered appropriately small, the program will be 
approved. Regulators may have concerns about this, particularly if there would be any rate 
inequities of the type that the RIM test identifies or if the program produces additional costs 
for consumers not taken into account by the utility. 

Consumers, who define the market-driven nature of energy management, evaluate 
energy management on the basis of how it benefits them alone. Their savings versus their 
costs. This is fine, and something everyone has to accept, but it is interesting that this could 
have negative rate impacts: if many consumers implemented measures that made sense to 
them, which reduced their utility bills, it might have enough revenue-erosion impact on the 
utility that it would require it to raises its rates. Market-driven energy management 
programs often fail the RIM test. section 6.4, presents some more detail on TRC 
and RIM tests. 

The various methods of conducting cost-effectiveness testing should be considered as 
different perspectives or various means of assessing a DSM program. Each such measure 
provides some alternative insight to the feasibility of a program. The final selection of 
any distributed resource programs depends on who is making the decision, how wide they 
cast their net on defining costs and savings, and whether they look at only their benefits 
and costs or those of some of the possible players or those seen by all of society. 
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Figure 10.11 Two characterizations, one based on when costs occur and the other on how they vary 
with usage, result in four categories of costs. 
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Cost and Benefit Evaluation of Distributed Resources 


The most important goal of cost evaluation is to include a comprehensive and consistent 
(comparable) assessment of all costs involved, both for every DR alternative and for any 
T&D options to which they are being compared. Inclusion of all costs is much more 
important than in traditional T&D planning studies, because DR options often differ 
significantly among themselves, and from traditional T&D options, in categories that are 
ignored or “factored out” of traditional T&D planning studies. One example is O&M costs, 
which are rarely included in typical T&D studies, because O&M being about the same 
among all options is usually left out of consideration. However, O&M differs substantially 
among various DG, DR, and T&D options, and thus must be included in comparisons that 
cross the DR-T&D boundary. Similarly, traditional T&D options almost never include the 
“cost of energy” because, regardless of choice, it is usually the same for all options. In DG 
and DR studies, energy (fuel cost) often varies a great deal, and avoided electric purchases 
(advantages to consumers, lost revenues to utilities) must be included. 


Four Cost Categories 


Costs are characterized in two ways depending on whether they are initial or continuing 


costs and depending on if they are fixed or variable (Figure 10.11). 


Initial costs must be dealt with before a DG unit or energy resource can be used. 
For example, the DG unit itself must be obtained, a site must be prepared for it 
(foundation, sound abatement walls, etc.), fuel delivery systems installed, electrical 
connections made, etc. Costs associated with accomplishing all these tasks are the 
initial costs. 


Continuing costs are those associated with keeping the unit available and in service. 
These include taxes, annual inspections or certifications, fuel, repairs, labor costs 
for service personnel, etc. Usually, these are periodic —- monthly, annual, bi-annual, 
every five years, etc. — expenses that continue as long as the unit is left in service. 


Fixed costs do not vary as a function of the amount or patterns of usage. The cost of 
the basic DG unit itself is usually a fixed cost: One must buy or lease the unit 
regardless of whether it is used every hour of every day or noi at all.” Likewise, 
annually required inspections or certifications, as well as annual property taxes, are 
based on the value of the property and are “fixed,” even if they vary year by year, 
because the unit depreciates in value, etc.”! 


Variable costs are those that vary as a function of the amount or type of usage. Fuel 
is a big component of variable cost: the more power produced, the more fuel used. 
Other variable costs include certain O&M — those that increase or change 
depending on the amount of usage. 


20 Of course, a lease could be based on usage — in a manner similar to leasing a car ona “per mile” basis 
— which would make the DG unit cost a variable cost. 


2! This is a subtle but important distinction. In some municipalities, local property tax on machinery is 
based upon assessed value, which decreases with equipment age, and thus the annual taxes due on a 
DG or other machine decrease each year. Although these costs do change from year to year, they are 
not variable costs, because they do not alter as a function of usage. Once the user decides to buy and 
install the DG unit, he has committed to paying all those future taxes, a “fixed” amount regardless of 
his usage. 
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Table 10.4 Example DG Cost Analysis — 1,100 kW Reciprocating Natural-Gas Fired AC 
Generator Unit Used 3,000 Hours per Year 


Initial Fixed Costs 

Cost of DG unit itself $474,200 ($431.10/kW) 
Tools and diagnostic equipment $7,800 

Shipping & insurance $8,200 

Site prep., foundation, control house $15,000 

Fuel delivery lines, equipment, meters $13,500 

Backup tank and equipment (10,000 gal. $50,000 


propane storage and propane rollover, 
supply good for 100 hr. operation) 


Electric controls, protection (non-grid $18,500 
operation) 
Design, construction permit, survey, $8,400 
inspection fees, etc. 
Backup fuel, 10,000 gal at 80¢ $8,000 
Total “Cost of the Unit” $603,600 
Initial Variable Cost 
Legal and fees for emissions permit 
for “more than 1,001 hr./yr.” operation $3,200 
TOTAL INITIAL COST $606,800 ($551.64/kW) 
Annual Fixed Costs 
Property taxes, .7¢ per dollar on $3,474 
$550,000 assessed value 
Annual mechanical & electrical $1,370 


inspection (req. for warranty) 


Annual Variable Costs 

Fuel: natural gas at $3.05 per MBTU $120,780 
12,000 BTU/ kWh heat rate, for 
3,000 hours at full output 

Maintenance, estimated at .3¢ per kWh $9,900 


Tear-down/rebuild every 10,000 hours 
(every three years in this case) $72,000 $24,000 per year 


ANNUAL COSTS 3,300,000 kWh/yr. $154,680 (4.68¢/ kWh) 
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shows the costs associated with a hypothetical, but very realistic, V-16 
natural gas/propane reciprocating piston driven AC generator capable of producing 1,100 
kW output (net) serving up to 1,100 kW of peak load. Although this particular DG 
technology lacks the cachet of micro-turbines and fuel cells, it is used here to emphasize 
that pistons should not be “counted out” as an equal, or perhaps even superior, DG 
technology for application in many cases. The table gives costs for this unit, identified as 
fixed and variable, as well as initial and continuing, for an application involving an 
expected 3,000 hours per year of full (1,100 kW) output, in an isolated (stand-alone) 
application — i.e., not connected to the utility system. This is based on an actual case for a 
ranch in an isolated area of the pampas in South America which needed power for a series 
of 75 kW irrigation pumps to be run only about 3,000 hours per year during the crop 
growing season. The examples in this and subsequent chapters used a gas price of $3.05 per 
million BTU. This is a lower price (by about 20%) than the annual market price at the time 
of this writing, but thus represents a slightly optimistic scenario. 


Assessing Initial and Continuing Costs 


How costs are to be considered depends on the financial decision-making context of the 
evaluation (see (Chapters 6|and [29 jand the earlier part of this section). Table 10.5 shows 20- 
year operating cost for the DG unit from Table 10.4 when run 3,000 hours per the irrigation 
schedule expected at the isolated ranch where this unit is being planned to power a series of 
electric pumps used only during the growing season. Total outlay over 20 years is 
$3,797,280, production 66,000,000 kWh, or 5.75¢ per kilowatt hour if undiscounted cost 
and undiscounted production are used to compute cost/kWh. The cost per 


Table 10.5 Twenty-Year Evaluation of Table 10.4’s DG Unit for 3,000 Hours per Year 
Operation at Full 1,100 kW Output 


Study Unit Maint. Fuel Annuat PW Disc. Net kWh __ Discntd. 
Year & Site & Insp. Cost Cost Factor Cost Production Production 


$610,274 $11,270 $120,780 $742.324 1.000 $742,324 2,300,000 2,300,00L 
$3,474 $11,270 $120,780 $135,524 0.900 $121,972 3,300,000 2,970,000 
$3,474 $83,270 $120,780 $207,524 0.810 $168,094 3,300,000 2,673,000 
$3,474 $11,270 $120,780 $135,524 0.729 $98,797 3,300,000 2,405,700 
$3,474 $11,270 $120,780 $135,524 0.656 $88,917 3,300,000 2,165,130 
$3,474 $83,270 $120,780 $207,524 0.590 $122,541 3,300,000 1,948,617 
$3,474 $11,270 $120,780 $135,524 0.531 $72,023 3,300,000 1,753,755 
$3,474 $11,270 $120,780 $135,524 0.478 $64,821 3,300,000 1,578,380 
$3,474 $83,270 $120,780 $207,524 0.430 $89,332 3,300,000 1,420,542 
$3,474 $11,270 $120,780 $135,524 0.387 $52,505 3,300,000 1,278,488 
10 $3,474 $11,270 $120,780 $135,524 0.349 $47,254 3,300,000 1,150,639 
11 $3,474 $83,270 $120,780 $207,524 0.314 $65,123 3,300,000 1,035,575 
12 $3,474 $11,270 $120,780 $135,524 0.282 $38,276 3,300,000 932,017 
13 $3,474 $11,270 $120,780 $135,524 0.254 $34,448 3,300,000 838,816 
14 $3,474 $83,270 $120,780 $207,524 0.229 $47,475 3,300,000 754,934 
15 $3,474 $11,270 $120,780 $135,524 0.206 $27,903 3,300,000 679,441 
16 $3,474 $11,270 $120,780 $135,524 0.185 $25,113 3,300,000 611,497 
17 $3,474 $83,270 $120,780 $207,524 0.167 $34,609 3,300,000 550,347 
18 $3,474 $11,270 $120,780 $135,524 0.150 $20,341 3,300,000 495,312 
19 $3,474 $59,270 $120,780 $183,524 0.135 $24,791 3,300,000 445,781 
TOTAL $3,797,280 $1,986,661 66,000,000 28,987,970 
Evaluated cost = 5.75 cents per kilowatt hour (undiscounted) or 6.85 cents (discounted) 


Cen naA NP WN S 
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Table 10.6 Twenty- Year Evaluation of Buying 3,300,000 kWh/Year at 6.85 Cents, with 
No Discounted Production, Leading to Evaluated Cost of Only 3.01 Cents 


Study Unit Maint. 3,300MWh Annual PWDisc. Net kWh Discntd 

Year &Site & Insp. X$68.53 Cost Factor Cost Production Production 
0 $0 $0 $226,220 $226,220 1 = $226,220 = 3,300,000 = 3,300,000 
I $0 $0 $226,220 $226,220 0.9 $203,598 3,300,000 2,970,000 
Ps $0 $0 = $226,220 $226,220 0.81 $183,238 3,300,000 2,673,000 
3 $0 $0 $226,220 $226,220 0.729 $164,914 3,300,000 2,405,700 
4 $0 $0 $226,220 $226,220 0.656 $148,400 3,300,000 2,165,130 
5 $0 $0 $226,220 $226,220 0.59 $133,470 3,300,000 1,948,617 
6 $0 $0 = $226,220 $226,220 0.531 $120,123 3,300,000 1,753,755 
7 $0 $0 = $226,220 $226,220 0.478 $108,133 3,300,000 1,578,380 
8 $0 $0 $226,220 $226,220 0.43 $97,274 3,300,000 1,420,542 
9 $0 $0 $226,220 $226,220 0.387 $87,547 3,300,000 1,278,488 
10 $0 $0 $226,220 $226,220 0.349 $78,951 3,300,000 1,150,639 
11 $0 $0 $226,220 $226,220 0.314 $71,033 3,300,000 1,035,575 
12 $0 $0 = $226,220 $226,220 0.282 $63,794 3,300,000 932,017 
13 $0 $0 $226,220 $226,220 0.254 $57,460 3,300,000 838,816 
14 $0 $0 = $226,220 $226,220 0.229 $51,804 3,300,000 754,934 
15 $0 $0 $226,220 $226,220 0.206 $46,601 3,300,000 679,441 

16 $0 $0 $226,220 $226,220 0.185 $41,851 3,300,000 611,497 
17 $0 $0 $226,220 $226,220 0.167 $37,779 3,300,000 550,347 
18 $0 $0 $226,220 $226,220 0.15 $33,933 3,300,000 495,312 
19 $0 $0 $226,220 $226,220 0.135 $30,540 3,300,000 445.781 

TOTALS $1,986,661 66,000,000 28,987,971 


Evaluated cost = discounted cost/undiscounted production = $1,986,661/66,000,000 = 3.01 cents 
Evaluated cost = discounted cost/discounted production = $1,986,661/238,987,971 = 6.85 cents 


kilowatt, when evaluated with discounted costs and discounted kilowatts, is 
higher than when evaluated with both undiscounted, indicating that a greater proportion of 
the costs lies in the short term than does the output. The outp.s: 1s spread evenly over the 20- 
year period, while the costs tend to cluster near the beginning, particularly in the first year 
in this case.”* This is typical in DG studies but not in all DR. Usually the cost analysis of a 
large capital asset is done in a discounted manner, because some of the costs and much of 
the production will occur far into the future (see and 229’s] discussions of 
discounting factors used in economic analysis). Thus, 6.85 cents is the more realistic value 


to interpret from |Table 10.5. 


Always Use Discounted Costs and Energies 


Table 10.6 shows a bogus analysis of the same DG unit, using a “bias trick” discussed in 
Chapter 29 (and briefly in Chapter 5) in which undiscounted production over the period is 
used along with discounted costs for the period to determine the per-kilowatt-hour cost. 
This results in a computed cost per kilowatt of only 3.01 cents, an impressively low value, 
one reason, perhaps, why that this “mistake” is sometimes seen in DG and DR studies. 


?2 Note that the 11.7¢ value obtained is not the same value one would get if one calculated an annual 
cost per kilowatt, i-e., undiscounted annual cost over undiscounted annual output, for each year, then 
discounted those ratios depending on their year’s PW factor, and then averaged them to obtain one 
value. That approach gives the same 8.4¢ per kilowatt hour as doing no discounting at all. 
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Many planners understand and accept the discounting of future costs in a long-term 
planning study, but are uncomfortable with the discounting of future production as done to 
get the 6.85 cent figure in the example above. Discounting of future costs is an almost 
universal feature of least-cost regulated utility planning, to the extent that planners 
experienced with only utility planning may believe it is used in all planning (it isn’t, 
although the time-value of money is always addressed in some manner). 

Most traditional T&D planning studies do not involve assessment of energy or 
production or long-term benefit, but instead work to minimize the cost to satisfy an 
obligation-to-serve criterion. As such, they deal with a discountable quantity only on the 
cost side of the ledger. Thus, T&D planners have not seen situations that demonstration 
why it is absolutely necessary to discount future production if future costs are discounted. 

By contrast, DG and DR studies are nearly always looking at optional or discretionary 
resources. Neither is needed to meet a minimal obligation to serve. Both must justify 
themselves on the basis of benefits that outweigh costs. Even when those benefits are 
measured as “nega-watts” or “mega-watts” rather than dollars, they must be discounted in 
company with the costs for any benefits versus cost analysis to be valid. The easiest way to 
see that production kilowatt hours must be discounted like cost is by use of a 
counterexample, shown in There, instead of distributed generation power, the 
3,300,000 kWh needed by the rancher is purchased at a flat rate of 6.85 cents per kilowatt 
over the 20 year period. Annual cost is simply .068525¢ x 3,300,000 kWh, or $226,220 per 
year. If evaluated on the basis of discounted cost for the period divided by undiscounted 
kilowatt hours, the cost/kWh works out to 3.01¢, an absurdity: buy power for twenty years 
at 6.85¢/kWh and the average cost works out to 3.01¢/kWh. 

In summary, there are four ways one can compute “cost per kilowatt hour.” 


1. Undiscounted cost over undiscounted production. This is completely legitimate 
but neglects “present worth value of money” considerations in planning — the 
reason that discounting is done. It evaluates cost of the DG case discussed above 
as 5.75¢/kWh. That is correct in one sense — over the period total cost divided by 
total production is 5.75¢/kWh. However, most of the money has to be spent up 
front, whereas energy production is constant over the period, a fact missed 
because discounting is not used at all in this particular case. 


2. Discounted cost over discounted production. This provides a legitimate 
evaluation of what cost/kWh is, taking the time-value-money into account all 
around. Here, the evaluated cost is 6.85¢/kWh, a value that fairly represents the 
time values of money spent and product gained. Usually, this approach is the 
“most valid” way to perform such an analysis. 


3. Discounted cost over undiscounted production underestimates the cost/unit of 
any scenario with up-front costs but continuing benefits. This approach should 
never be used in DG and DR planning — it is always a spurious evaluation. 
However, planners should look for it because it is often used: such an approach 
makes its way into many proponent studies of DG and DR, either by ignorance or 
deliberate intent to confuse. 


4. Undiscounted cost over discounted production is equally wrong, but seldom used. 
Its use would artificially raise the per unit cost, making DR look less attractive. 


discusses “bogus” studies, including this and other mistakes often made in 
planning, as well as various “tricks” that are sometimes deliberately applied to distort the 
results of planning studies. 
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Table 10.7 One-Page Summary of Chapter 10 


Distributed resources are customer-side or customer-site mechanisms for either 
reducing need for or increasing efficiency of energy usage. 


Distributed resources are often a cost-effective way of solving an energy 
consumer’s needs for either of the Two-Qs (energy or reliability). 


DR often improves customer reliability and consequently has additional 
value that should be taken into account. 


UPS systems are a legitimate DR measure, one that exemplifies DR’s 
reliability impacts. 


Electric utilities are often viewed as responsible for implementation and 
administration of DR programs because their monopoly franchise makes them 
“steward” of energy management practices in their service territory. 


Distribution generation (DG) and distributed storage (DS) are subsets of DR 
which are implementable either on the customer or utility side of the meter. 


DSM will defer transmission additions, but will not defer most distribution 
projects. Load reductions at the transmission level basically accumulate to look 
like a reduction in load growth rate. As a result, DSM can delay when 
transmission projects are needed. At the distribution level, DSM looks different 
and has a different effect (see below). It will have no impact on the need for 
projects to extend service to new areas and new customers. 


DR reduces load density. DSM reduces the load, but not the area that the 
distribution system must cover, the number of customers that must be connected 
to the system, or the date when any new customer will move in and demand 
power. As a result, DR’s impact on distribution is best capitalized upon by 
reducing capacity density of the distribution. 


Maximizing T&D savings from DR requires re-design of the T&D system. 
That can require a lot of re-planning, but it usually doubles or triples the 
distribution-level savings, increasing the overall T&D savings by 50% or more. 


DR measures that individually do not pass “screening tests” for cost- 
effectiveness may be cost-effective in an overall plan. If the DSM program is 
just shy of having enough load reduction to produce a deferral or cancellation, it 
may be cost-effective to include “marginal” programs to reach the reduction 
target. 


DR peak reduction measures like load control and re-scheduling are usually 
more cost-effective at reducing T&D needs than energy conservation alone. The 
reason: T&D requirements are linked almost entirely to peak load level. Reducing 
energy off-peak, which is the additional benefit conservation brings, may cut 
annual losses costs, but these are a minor aspect of T&D costs. 


DR and feeder switching interact. Properly planned, they can be used to 
support one another. In particular, feeder re-switching can be planned in 
conjunction with DSM targeted to augment and multiply the effectiveness of the 
DSM load reductions. 


The best areas for DR targeting are not necessarily where T&D costs are 
highest. DSM should be targeted where the combination of DR cost effectiveness 
and T&D avoided costs are best. 
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10.7 SUMMARY 


A utility can affect measures on the consumer side of the electric meter that can reduce 
energy usage, cut peak load, and improve the reliability of service and usability of its 
product as seen by the consumer. Some of these programs are implemented “by market 
forces” in spite of what the utility may desire or actions it might take. However, 
distributed resources have a potential benefit that should not be ignored. Impact on all 
aspects of the utility’s performance, including revenues and consumer satisfaction, must 
be taken into account. One important point to keep in mind is that a T&D system is the 
ultimate distributed resource. At the customer end, the T&D system reaches every 
customer. That is about as distributed as a resource can get. The point is that DR planning 
should always include the T&D system. gives a one-page summary of this 
chapter’s key points. 
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Basic Line Segment and Transformer 
Sizing Economics 


11.1 INTRODUCTION 


This is the first of nine chapters addressing distribution system layout. The goal of 
distribution layout planning is to arrange the overall design of the distribution system so 
that 1t does its job in the best manner possible. The distribution feeder system is 
“assembled” by putting together a number of line segments (supported by ancillary 
equipment such as shunt capacitors, line regulators, etc.) and transformers and other 
equipment (breakers, etc.) into a working whole. “Layout” includes all aspects of how and 
why this is done, including selecting equipment and determining how to connect it to the 
rest of the system and how to arrange and locate all of the pieces. 

The key elements in this layout are the distribution line — the mechanism by which 
power is moved — and the transformer, a device that changes the economics of power 
delivery as seen from one side to the other. The planner’s goal is to build a system from 
various line segments and transformers, arranging them so that the distribution system 
reaches every customer with sufficient capacity and proper voltage level to serve his load, 
while satisfying often conflicting goals of minimizing cost and maximizing service quality 
and reliability. 

This chapter discusses selecting the best line segment and/or transformer for each 
situation. It begins by reviewing various types of lines along with salient aspects of their 
application in section 11.2. Section 11.3 takes a similar look at transformers and their 
application. The economics of line selection (conductor sizing) based on economy are then 
examined in section 11.4, which covers methods for determining the most appropriate size 
of transformer for each application. Section 11.5 summarizes important points and provides 
some concluding thoughts. 


11.2 DISTRIBUTION LINES 


The primary function of a power delivery system is the movement of power from sources of 
supply to points of consumption. Power is moved on transmission or distribution line 
segments. In addition, it is often raised or reduced in voltage by transformers, in order to 


389 
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facilitate its efficient movement by changing the economies of scale of power delivery 
and/or to render it of a more suitable voltage for consumption. Line segments and 
transformers are the basic “atomic elements” out of which the power distribution system is 
assembled. Other equipment, such as line regulators and capacitors, exist to support them or 
to protect and control their functions, as in the case of relays and breakers. Both lines and 
transformers are available in a wide variety of types, capacities, and voltage ranges, over 
which both cost and electrical performance vary widely. 

Line segments transmit electric power from one end to the other: except for a small 
percentage of losses, the power entering a line segment is the same as the power leaving the 
segment, and except for voltage drop the voltage along the line segment remains constant 
from one end to the other. A distribution system can be viewed as composed of numerous 
line segments, connected together so as to route power to customers as needed, interspersed 
with transformers, which change voltage level as needed. 


Line Types 


Distribution lines are available in a variety of types suited to different situations and 
requirements, many of which are obvious at the beginning in any planning situation. Lines 
can be built as underground or overhead, and within the overhead category several special 
line designs exist for narrow rights of way and other special circumstances (Figure 11.1). 
The number of specialized conductor, cable, and line equipment types available as standard 
products from suppliers is astounding — not just dozens, but hundreds of different designs, 
many of which possess small variations in design, which are important in unusual 
circumstances. 

Many of the distinctions among these various sub-sub-types become significant in the 
detailed engineering of the distribution system, and they are often the “solution” to vexing 
special situations where standard design cannot handle a particular constraint (a long span, 
severe weather stress, etc.). 


Figure 11.1 Overhead distribution feeder lines can be built in a variety of styles, as illustrated by the 
variety shown here, by no means exhaustive. But what interests the planner most is not the exact style 
built, but the line capacity and cost, which are more a function of selection of conductor or cable size, 


as shown in 
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Table 11.1 Standard Line Types Available for 
Distribution Layout at a Utility 


14kV OH 14kV UG 


795 MCM ACSR 1000 MCM XLP tri 
500 MCM AA 500 MCM XLP 
266 MCM AA #1 XLP sheathed 
3/0 AA 

#2 AA 

#6 CU 


Most utilities have chosen a dozen or fewer standard possibilities to cover both overhead 
applications and underground, as illustrated in Table 11.1. These are based on capacity 
(conductor size, cable size) within any one voltage class and type. In addition, both lines 
and transformers can be arranged in three-, two-, or single-phase configuration and in either 
delta or wye configuration, as will be discussed later in this section. 


Underground Distribution Lines 


Underground feeder construction is used both in dense urban areas as well as suburban 
applications, both for esthetic and reliability reasons. In urban areas, a number of reasons 
proscribe anything but UG construction, beginning with the fact that there is simply not 
enough overhead space available for the number of feeders required to meet the very high 
load density. In many residential suburban applications, underground construction is 
desired because it rids neighborhoods of “unsightly” overhead lines and improves 
reliability. Most lengthy outages of overhead lines are caused by trees and/or adverse 
weather. Most momentary outages are caused by trees brushing against conductor during 
high winds. Underground residential distribution significantly reduces the incidence of both 
types of interruptions. 

Underground feeders use cable, which generally consists of conductor, wrapped with 
one or more types of insulation, a neutral/ground conductor path of some type, and often a 
sheath to provide protection during installation and to prevent penetration while in service 
(Figure 11.2). Cable is available in three-phase or single-phase form, in various sizes of 
conductor cross-section and various voltage levels (e.g., various types and thicknesses of 
insulation). 

Underground cable is often installed inside buried duct banks, as shown in Figure 11.2. 
Ducts are usually made of concrete (but can be different forms of fiberglass, resin, and 
plastic) and are available with various numbers and sizes of cable positions. Occasionally 
metal, concrete, or pipe is used as a “‘single space” duct.’ They are quite expensive to install 
but provide superb mechanical and electrical protection for the cables. Vaults — 
underground rooms for cable pulling, repairs, and terminations ~ are required at intervals. 
Ducts and vaults are installed first and the cable is pulled through them for installation. 
Routing is restricted to the routes of the ducts. 

Duct bank/cable construction of distribution has very few advantages, beyond the fact 
that it fits the constraints found in densely populated urban cores where no other type of 


' When UG cable must be routed over waterways, etc., in urban settings, it is encased in “duct pipes” 


routed on the underside of bridges and overpasses. 
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Figure 11.2 Distribution cable consists of conductor (either solid or stranded) wrapped with one of 
more types of insulation and a sheath. Shown here are cross-sections of typical single-phase and three- 
phase cable, contained in a 3 x 4 concrete duct bank. 


distribution construction can do the job. Duct bank construction is very expensive initially. 
While relatively immune to outages, when failures occur, they can take a long time to 
repair. Layout, planning, and operation are subject to numerous restrictions and constraints 
that limit design freedom and increase costs. (Chapter I3]includes a discussion of UG urban 
distribution layout). 

Direct burial of cable is another option. Cable is buried in the soil with no duct bank or 
pipe protection (often a flexible plastic sheath or vinyl tube will be inserted around it). In 
particular, single-phase or small three-phase cable can be inserted in a streamlined 
operation in which a narrow trench is dug and the cable reeiec ia and covered — all with une 
specialized machine in one operation, at a cost per mile comparable to that of overhead 
construction. Policy on direct burial of cable varies from one utility to another. Some limit 
its use to single-phase laterals. Others permit direct burial of all types and sizes of cable. 

The advantages of direct buried distribution cable are low cost and fast installation 
speed (no type of distribution can be built more quickly), and esthetic improvement — the 
lines are out of sight. Direct buried cable is also immune to many causes of outages that 
afflict overhead lines.’ 

Disadvantages of underground cable are that it “wears out” much more quickly and 
sooner than overhead conductor. It also has its own type of outage causes (dig-ins from 
construction, rodents, etc.), and generally repairs take much longer than on overhead. 
Finding the point of failure can present a major problem, and the cable often has to be dug 
out and repaired in a lengthy and expensive splicing process, requiring particular care. 


Underground distribution is not susceptible to trees falling or brushing against them, or damage from 
ice and high winds. On the other hand, evidence suggests that it is susceptible to lighting strikes — 
strikes to the ground can “find” cable and destroy it. Overall, cable suffers far fewer failures per mile 
per year than overhead, but has a much longer repair time. 
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Three-, Two-, and One-Phase System Components 


Electric power systems and their major elements, such as line segments and transformers, 
normally consist of three-phases, and power is generated in three distinct phases, each of 
identical frequency and voltage, but with voltage displaced by 120 degrees between any 
two phases. Although a preponderance of equipment in power systems is three-phase, the 
vast majority of loads are single-phase. As a result, most systems are a mixture of three- 
phase and single-phase circuitry and equipment. 


Delta and wye configuration 


Three-phase equipment (line segments, transformers, or otherwise) can be configured in 
either delta or wye (star) configuration, both of which are shown in Figure 11.3. Delta 
configurations use only three-phase conductors. Wye-connected systems carry a fourth, 
neutral conductor, often grounded but sometimes left “floating” (ungrounded wye system). 
Regardless, the expectation is that normally the neutral voltage and current are both fairly 
close to zero. 

Most power systems are a combination of delta- and wye-connected equipment, with 
high voltage transmission built as three-phase delta and distribution being predominantly 
wye-connected. Change from delta to wye or vice versa is effected simultaneously with 
change in voltage-current at a transformer (there are delta-delta, wye-wye, and delta-wye 
transformers). 

In either case, the line rating of most equipment is usually based on the phase-to-phase 
voltage. For example, a distribution feeder is called 12.47 kV if that is its phase to phase 
voltage, whether it is delta or wye connected, even though if operated as a wye circuit, its 
loads are actually connected between a phase and neutral (7.2 kV). Even a single-phase 
lateral which consists of one phase and a neutral with 7.2 kV potential between them, 
branching from the 12.47 kV phase-to-phase line is referred to as “a single-phase 12.47 kV 
lateral.” 


Delta versus wye ~ which is better? 


If the only issue is moving power, a delta configuration is usually less costly. It requires 
only three conductors, not four, making equipment and construction cost lower. Lesses and 
voltage drop are usually equivalent (at least if power flow is balanced). However, wye- 


Delta Wye or Star 
A B 


Figure 11.3 Three-phase equipment can be connected and operated in either a “delta” configuration 
(left) or wye (star) configuration (right). In delta systems loads are served and shunt equipment 
installed by connecting them between phases. In wye-connected systems, loads, and shunt equipment 
are connected between phase and neutral. 
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A B B 


C C 


Figure 11.4 Left, a delta-connected system with only three phase conductors must have at least two 
phases present to provide even single-phase service to any one load (represented by rectangles). Either 
two- or three-phase service will require that all three phases be present. Right, a wye-connected 
system serves loads connected between phase conductors and the neutral. It requires the neutral 
everywhere service is provided, but can have in addition one, two, or three phase conductors. 


connected lines lead to a less expensive distribution system, because transformers, reclosers, 
and lightning arresters for wye-connected systems cost less than their equivalents in delta 
systems. For example, single-phase service transformers require only one high-voltage 
bushing for wye-connected application; they require two for delta application (as well as 
slightly more expensive internal insulation and construction). They will also require two 
lightning arresters per transformer in delta applications, but only one on a wye-connected 
system. 

There are service-reliability differences, too. A single-phase recloser can be installed on 
each phase of a wye-connected feeder, providing single-phase reclosing. On a delta circuit, 
the simple “‘recloser solution” is to use a three-phase unit, blinking customers on all phases 
every time the wind blows a tree limb against any one. Sensors and two-phase reclosers 
(more expensive and complicated) are required to provide single-phase reclosing on the 
delta circuit. Thus, while delta is the preferred style for transmission lines when power 
transmission cost is the major concern, wye-connected design is much preferred for 
distribution, because it provides both lower overall cost and better/stmpler service 
reliability. In addition, historically many delta distribution systems built in the early part of 
the century were converted to wye-connected systems, in order to increase capacity to keep 
pace with growing customer demands. Delta to wye conversion is a relatively inexpensive 
way to upgrade primary-system capacity, because it can be done without replacing the 
service transformers. 

For example, a delta-connected, 13.8 kV (p-p) feeder system can be converted to 23.9 
kV (which is 13.8 kV phase-to-ground), increasing capacity by 73% and reducing both 
voltage drop and losses significantly. The existing service transformers can be left in place, 
merely being re-connected to the primary in wye instead of delta fashion (see Figure 11.4). 
The cost of new transformers is avoided, as is the cost, mess, and customer inconvenience 
of making the replacements. The conversion 1s still expensive, and the logistics of 
conversion are complicated: on overhead lines the conductor can be left in place but new 
insulators, hardware, and crossarms (wider spacing) are required; on underground lines new 
cable must be pulled. 


> The author thanks Mr. Dan Ward, of Dominion, for his very cogent comments and observations about 
delta-versus-wye comparisons. 
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Such “once delta now wye” systems are easy to identify after the conversion. They have 
a neutral conductor and two-bushing single-phase transformers. 


Two- and single-phase circuit elements 


Current flow can be induced through a single-phase load by connecting it between any two 
phases (in a delta- or a wye-connected system), or between one phase and the neutral in a 
wye-connected system. Given that the majority of loads are single-phase, the layout of most 
power systems tends to change from three-phase to single-phase circuitry at the extreme 
customer end. 

In delta systems, single-phase service is provided by extending at least two phases to the 
customer and connecting the load across them (Figure 11.4) Two-phase service (rare) is 
provided by connecting loads between two pairs of the three conductors, in what is called 
an open delta load. Delta systems can thus have circuit elements consisting of two phase 
conductors or three. 

In wye-connected systems, single-phase service is extended by connecting the load from 
any of the phases to the neutral as shown in Figure 11.4. Lines, transformers, and their 
support equipment can be single-phase (one phase conductor and the neutral), two-phase 
(two phase conductors and the neutral), or three-phase (all phases and the neutral). 
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Figure 11.5 “American” (top) and “European” (bottom) layout methods for the service level to a 
neighborhood of 27 homes. American systems use single-phase laterals and relatively small, single- 
phase service transformers. Relatively low voltage (120 volt) service level (secondary) lines provide 
the same single-phase of service to all customers in the immediate vicinity of each transformer. By 
contrast, European layout uses few if any laterals or single-phase primary circuit elements. Service 
transformers are much larger and often three-phase, as are the secondary circuits. Individual customers 
are provided with single-phase service from the three-phase secondary circuit. 
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Using Three-Phase Line Segments in Distribution Layout 


From the distribution planner’s perspective, three-phase line segments have a tremendous 
advantage: the current only has to be sent “out” to the load — there are no losses or voltage 
drop associated with bringing the current “back” to the source in a completely balanced 
circuit. By contrast, if serving a load from a single-phase wye circuit (one phase and 
neutral) or a two-phase delta circuit, current flow goes out the load and then must return, 
and there are voltage drop and losses associated with each direction. Thus, use of balanced 
three-phase components provides a two-to-one advantage in terms of losses and voltage 
drop over completely unbalanced delivery. 

Against this operating advantage is lower initial cost — in a wye circuit there are four 
wires, and in a delta three, which must be installed, instead of only two for single-phase 
service. 


“American” and “European” Service Level Layout 


Exactly how and where the transition from three-phase to single-phase circuitry takes place 
in a distribution system depends greatly on the specific situation, the design standards and 
practices in effect, local conditions, and even the individual planner’s preferences. 
Generally, a utility will provide three-phase service to large customer loads — for example at 
a factory or in a high-rise office building. The “split” to individual phases will be done 
within the wiring or plant distribution system inside the customer’s facilities. However, in 
areas where individual customer loads are small, as for example in most residential 
neighborhoods, most customers will be provided with only one phase of service. 
id illustrates two popular layout methods for accomplishing the multi- to single-phase 
transition in the layout of the system: what are referred to as “American” and “European” 
layouts. 

“American” systems, typical throughout the United States, Canada, Mexico, and many 
others places, use a good deal of single-phase, primary-voltage laterals for delivery of 
power into various neighborhoods, and as a result, the majority of service-level equipment 
and circuitry are single-phase. The chief advantage of this approach is low capital cost 
when load density is low, as it was (and still is) in many parts of the United States when 
electric systems were first developed, anda this style of distribution design was 
institutionalized as a preferred method. 

“European” systems more commonly carry ali three phases into most of the service 
level, typically utilizing .416 kV three-phase secondary circuitry, with each customer 
provided with 250-volt service (phase to neutral). This layout is quite appropriate for higher 
load densities as are often found in urban areas. The use of three-phase secondary provides 
fairly well-balanced loading on the service level, decreasing losses and increasing 
utilization. 

While both the “American” and “European” styles were largely institutionalized in the 
early third of the 20th century, their continued use is due largely to the different utilization 
voltage. While the difference between 250 European service voltage and 120 volts of the 
American system may not seem substantial, it is a factor of two — for this reason European 
circuits can “reach” four times as far given any equivalent load and voltage drop limitation. 
Add to this the fact that a balanced three-phase circuit can reach twice as far as a single- 
phase circuit, and the simple fact is that European systems do not need primary voltage 
laterals — the secondary can carry roughly eight times the burden, replacing the role of 
laterals in the “American” system. 

The foregoing discussion does not mean that there are not widespread areas of three- 
phase secondary service in many urban parts of America, nor that there are not areas of 
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single-phase distribution and secondary circuitry in rural parts of Europe. Rather, the terms 
“American” and “European” systems are labels applied to two distinctly different ways of 
laying out a distribution system and of accomplishing the three-phase to single-phase 
transition and design of the “customer level” in a power system. “American” implies 
120/240 volt single-phase service along with the conversion to single-phase circuitry at the 
primary level, using single-phase laterals in many areas. “European” means 416 volt (phase 
to phase) three-phase service-level secondary from which 250 volt single-phase service is 
provided to customers by connecting them phase to neutral. 

A third design type, applied only in very sparsely populated regions is single-phase 
“earth return” distribution. Here, the earth is used as the return conductor and only one wire 
— the phase conductor — need be run in laterals to provide single-phase service. Earth return 
systems require augering of grounding rods deep into the soil at each customer site in order 
to establish a sufficiently low impedance to ground — often costing up to $500 (US, 1995) 
per customer. However, the circuitry cost is very low, and in sparsely populated regions 
where the distance between customers is measured in kilometers the requirement for only a 
single wire can significantly reduce capital cost of the primary voltage system. Earth-return 
distribution with primary voltages as high as 66 kV and single-phase primary runs 
exceeding 120 miles have been used in very sparsely populated regions such as northern 
Canada and in parts of India and China. 


Line Performance and Economy 


From the distribution planning perspective, a line type has five attributes that determine 
how well it matches the particular needs of any distribution application. These are listed 
below in the order that most planners apply in evaluating what type of line will be best for a 
specific situation: 


Does it fit? Only underground lines can be built in “UG-only” areas. In other cases 
constraints on esthetics, narrow widths of rights of way, clearance problems, poor 
soil conditions, and other factors may limit the possible line types that can be built. 


Capacity. Every line has a thermal capacity limit set by the maximum current its 
conductors can carry. Are all required loadings (normal, peak, contingency) within 
this iimit for the line being considered? 


Voltage drop. Every line experiences a voltage drop when transmitting power due 
to its impedance. When delivering the load over the distance required, will the 
voltage drop be within proscribed limits? 


Reliability. Line type can influence reliability. Generally, underground lines 
provide slightly more reliable service. Lines built with ACSR (aluminum clad 
steel reinforced) conductor rather than AA are less prone to parting and falling 
during snowstorms, etc. | 


Cost. Is the candidate line type the lowest cost alternative that meets requirements 
in the four categories above? Cost includes initial equipment and construction 
cost, continuing costs like property taxes, inspection, maintenance and repairs, and 
the costs of electrical losses. 


The basic type of line built for any application — overhead or underground, wood pole or 
metal pole, etc. — has an impact on all five attributes, but mostly on only “fit,” cost, and 
reliability. A wide range of voltage drop performance and capacity, as well as losses cost 
reduction, are generally available within any line type category - UG or OH, crossarm or 
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post insulator, wood or steel pole, etc. ~ by selecting the appropriate “size” conductor or 
cable. To the planner, the chief aspect of line type selection in distribution planning is sizing 
~— determining the conductor or cable size in order to do the job required at minimum cost. 


Impedance, Voltage Drop, and Losses 


Both voltage drop, which determines how far power can be shipped along any line before 
unacceptable voltages are reached, and losses, which often create the highest portion of 
total PW cost for moving power at the distribution level, depend on the impedance of the 
line, as well as its loading. Line impedance is a function of the phasing (three-phase, two- 
phase, etc.), conductor resistance, and the conductor spacing (Figure 11.6). Generally, 
when additional capacity, lower voltage drop, or lower losses costs are desired, larger 
conductor can be specified, the additional cost of the larger size line “buying” 
improvement in all three categories. However, use of conductor above a certain size 
yields diminishing returns in terms of voltage drop and losses. Impedance (Z=R+X) does 
not drop much when R is already small and further reduced. Reactance, X, is a function 
of conductor spacing, which does not change with conductor size. 

Little in distribution engineering is as important as accurately assessing and applying 
line impedances in the evaluation of distribution feeders. Any inaccuracy creates error in 
the estimated performance in both electrical service quality (voltage drop) and economic 
(losses) terms. The most accurate method of impedance computation is based upon 
Carson’s equations (Carson, 1926). A somewhat less accurate method, but much easier to 
apply, is to use symmetrical components to compute the positive, negative, and zero 
sequence impedances. A thorough review of impedance computations and their application 
in feeder analysis is given in Kersting (1992). 


Figure 11.6 Impedance for a particular line (left) depends on the conductor’s resistance (mostly a 
function of its size) and the reactance due to spacing of the conductors (right). Use of large conductor 
can reduce resistance but not reactance — as a result beyond a certain point there are diminishing 
returns from using big conductor to reduce voltage drop and losses costs. Accurate assessment of the 
line impedances and coupling between all four wires is essential for quality distribution planning. 
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11.3 TRANSFORMERS 


Transformers do not move power, they re-fashion its voltage-current combination, changing 
the effective economy of scale for the power’s transmission and use. For a particular 
transformer, with a transformer ratio of a, the current leaving it will be a times the current 
entering it and the voltage (except for a slight amount of voltage drop) 1/a times the voltage 
on the input side. Except for electrical losses, the total power (voltage times current) 
remains constant. 


Transformers Change the Economy of Scale for Transporting Power 


If the economics and economy of scale for moving and using power were the same at 500 
kV as they are at 500 V — for example if it were just as economical to move small amounts 
of power at 500 kV at it is at 500 V, and if it were just as feasible to build a 120-kV toaster 
as a 120-V toaster — transformers would not be needed. However, this is not the case. Large 
amounts of power are most economically moved long distances at high voltage. Small 
amounts of power are most economically moved at a lower voltage. 

Transformers are a cornerstone of distribution system layouts and thus of distribution 
system planning. While this seems obvious considering the number included in any 
distribution system, many planners consider “layout” to include only the routing and 
connecting of line segments, with transformer siting and selection an ancillary step after 
layout has been determined. Quite the contrary, transformers exist in order to lower or raise 
voltage so that the economics of moving power match those for the situation. They are used 
whenever 


1. It is more economical to change the voltage in order to move it. 


2. The voltage level must be changed to match the needs of the consumption 
equipment and appliances. 


Figure 11.7 Service transformers. Left, a 37 kVA pad-mounted 7.2 kV to 120/240 V single-phase 
transformer. This unit is about 18 cubic feet in size and, as are most pad-mounted units, painted dark 
green. Right, an overhead service transformer, usually painted light gray. Check details. 
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Figure 11.8 Service transformers come in standard sizes as part of a common “line” of units spanning 
small to very large applications. Shown here is part of one manufacturer’s line of oil-filled, overhead, 
12.47 kV to 208 V (120 volt phase to ground) units. 


Transformer Types 


Like transmission and distribution lines, transformers are available in a wide variety of 
applications types — pole mount for overhead application and pad mount or vault type for 
underground systems. Within each category are various types — live front and dead front 
pad-mounts, CSP (completely self-protected), etc., with differences that are important in 
some cases. 

Transformers are available as three-phase or single-phase units. Three single-phase units 
can be connected together so they transform all three phases of power flow, but generally a 
purpose-built, three-phase transformer will be more efficient (low capital cost, lower 
losses). However, one advantage of connecting three single-phase units together is that 
contingency backup is less expensive: many small substations in rural areas are built with 
four single-phase units installed — three provide service and one is a stand-by in case of 
failure of one of the other three. 


Service Transformers 


Service transformers convert primary distribution voltage, which is somewhere between 
34.5 kV and 2.2 kV phase to phase (20,000 to 1,250 volts phase to ground) to utilization 
voltage, which is somewhere between 600 to 100 volts, depending on application and 
country. Most are small, relatively inexpensive units. Service transformers are 
commonly available as either overhead units made for pole mounting, pad mounted for 
underground applications, or a very similar design for vault type units for installation under 
gratings, etc. Both OH and UG types are available from a variety of manufacturers in a 
series of standard sizes, from about 1.5 kVA to 166 kVA in single-phase sizes, and up to 
1,500 kVA three-phase units, as shown in Figure 11.8 and Table 11.2.|They are the final 
transformation in power system voltage prior to use of the power by the consumer’s 
equipment.‘ 


* Of course, the power often goes through further transformations once it passes through the consumer’s 
household or building wiring and into his or her appliances and equipment, as for example when it is 
transformed from 120 to 12 volts prior to being chopped and fashioned into DC power by the power 
supply circuitry in a home stereo system. But the service transformer represents the final 
transformation as far as the power delivery utility is concerned. 
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Table 11.2 Standard Service Transformers 


14kV OH 14kV UG 
1OkVA 25 kVA 

25 kVA 37 kVA 

S50 kVA 50 kVA 
TSkKVA TIS KVA 

100 kVA 100 kVA 
1SOkKVA 300 kVA (3-ph) 


500 kVA (3-ph) 
1,500 kVA (3-ph) 


Table 11.3 Standard Power Transformers 


69 kV/13.8 kV 138 kV/13.8 kV 
5 MVA 12.5 MVA 
10 MVA 22 MVA 
15 MVA 32 MVA 
22 MVA 40 MVA 
53 MVA 


In many cases, particularly in OH applications, three single-phase units can be applied 
together as a three-phase bank. This same idea can be implemented with UG applications, 
but it rarely is used. Generally, three-phase UG service is provided with three-phase pad- 
mount and vault transformers.” 


Power or Substation Transformers 


Transformers other than service transformers are often lumped together into a categery as 
“power transformers.” Generally, these are larger in size (both physicai size and capacity) 
and high and low side voltages: for example a 15 MVA, 115 kV to 12.47 kV transformer 
as shown in Figure 11.9. The vast majority of units in this class are three-phase 
transformers, for two reasons. First, almost all applications in this category require three- 
phase transformation: there are very few single-phase applications at high voltage and/or 
in these categories of power need. Second, three-phase units are both less expensive and 
more efficient (if designed properly). Regardless, power transformers are available in a 
wide range of sizes, including both standard sizes and custom-designed units of any 
particularly capacity rating (Table 11.3). 


Nearly everything that can be done has been done. The author has seen pad-mounted service 
transformers used on overhead lines, mounted on wooden platforms built under the crossarms and 
above the secondary lines, with insulated cables ninning in and out from underneath. Similarly, OH 
transformers have been “ground-mounted” (and surrounded by a high fence, fed from a line running 
from overhead, feeding direct-buried UG secondary cables. Neither application would meet National 
Electric or other codes in developed counties, but both were in third world countries where design was 
more innovative and standards more flexible. 
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Figure 11.9 A three-phase distribution substation transformer. This one is roughly nine feet high 
and weighs about twenty tons. It can convert 15 MW of power, enough for about 4,000 homes, 
from 115 kV to 12.47 kV. This is an oil-filled unit, containing oil up to a few inches from the top of 
the case. 


Figure 11.10 An oil-filled 25 kV single-phase overhead service transformer. The wound core sits 
near the bottom of the tank, kept in place by braces (not shown). Area above the core is used to 
install a CSP breaker, if the unit were so fitted (this isn’t). Oil fills the transformer to somewhere 
around the dotted line, depending on manufacturer’s specifications. The unit is about 42 inches 
high in total. Most of its weight is oil. 
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Single-phase power transformers 


There are two exceptions to the rule that power transformers are mostly three-phase units, 
where single-phase power transformers are quite common. First, a small rural substation, 
for example a 5 MVA, 69 to 12.47 kV substation at a remote or difficult-to-reach location 
might have four 1.66 MVA transformers, three energized as a three-phase bank and a fourth 
ready to tie into service in case of a failure of one of the other three. Second, above a certain 
size, three-phase units are simply too large to transport. Often, very large banks (over 500 
MVA) are composed of single-phase units. Again, a utility may keep four at a site with 
three energized and in service. 


Oil-filled transformers 


Most of the transformers used in power systems are oil-filled. The wound magnetic core 
which performs the transformation of voltage and current from one side to the other is 
immersed inside a tank (the external casing of the transformer) filled with oil. The oil fills 
the tank to well above the height of the windings faerie 

Oil fulfills two functions. First, it acts as insulation for energized internal transformer 
components. Second, it provides significant cooling, the liquid transmitting the heat of 
losses away from the core to the tank of the transformer, where it is radiated to the 
outside air. To facilitate cooling, the oil may flow to radiators if the transformer is 


equipped with them. In some transformers, pumps are used to force circulation of oil 
around the core and through the radiators to promote this cooling. 


Dry type transformers 


Dry type transformers contain no oil. (Although these units should perhaps be called 
“dry” transformers they are almost always referred to as “dry type” transformers.) 
Usually, instead of oil, the core is surrounded by a solid dielectric material of some sort, a 
type of dielectric epoxy that is poured or packed or molded around the core. The lack of 
oil means there is no possibility of oil leakage. Transformer oil is flammable and thus 
presents some small possibility of fire in the event of an electrical catastrophe. Dry units 
are thus considered better for some applications. They are used mainly for indoor 
applications, as for example in large commercial buildings and factories, where the site 
primary voltage (e.g., the plant 4 kV primary feeder) is to be stepped down to utilization 
voltage for equipment such as large motors, etc. 

Dry type transformers can be designed to be somewhat lighter and smaller than oil- 
filled units, if this is a priority. However, they generally cannot be loaded to as high on a 
short-term basis or handle the sharp dynamic needle peaks as well as oil-filled units. 
Compared to a dry type transformer, the same transformer core put inside an oil-filled 
unit will stand slightly higher, longer, and more frequent needle peak loadings before 
reaching temperatures where rapid insulation deterioration sets in. For this reason, as well 
as lower overall cost in many applications, power engineers generally prefer oil-filled 
units where they can be applied. 


Special Types of Transformers 


There are really no “standard” transformer designs — transformers vary so widely in 
specification, types, styles, and internal arrangements that little generalization can be made. 
Very large transformers (over 100 MVA and over 230 kV) and large transformers (5 to 100 
MVA) are typically available in a nearly infinite range of designs, because the 
manufacturers are willing to build a transformer to whatever characteristics are specified by 
a utility. However, there are several common types of “uncommon” transformer. 
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Low loss transformers 


Some types of transformers employ designs and materials that reduce electrical losses. 
Usually “low loss’ means the design is focused on reducing core (no-load) losses. The 
metal for the core will be specially selected to reduce magnetic losses — it may be an 
amorphous metal or simply a metal carefully picked to be relatively low loss. Winding 
materials can be larger for lower impedance. Design can pay special attention to reducing 
losses throughout. The result is a unit that: (1) costs more than a “normal” transformer of 
equivalent capacity rating and (2) has much lower losses. 


Three winding transformers 


Occasionally a transformer will be designed to exchange power at three voltages, as for 
example a 230 kV/66 kV/12.47 kV transformer that accepts power at 230 kV and outputs it 
at both 66 kV and 12.47 kV. In all such cases, these units, their ratings, and their 
applications are rather specific — a particular 230 kV/66 kV/12.47kV unit might be intended 
to accept 100 MVA on the high side, deliver 75 MVA out at 66 kV, and up to 25 at 12.47 
kV. The unit might work in an emergency as a 66 kV/25 kV transformer, but at what rating 
and for how long and with what losses, etc., would need to be determined by a detailed 
study. 


Small-footprint transformers 


Often the barrier to upgrading the installed transformer capacity (size) of a substation is 
the limited space available at the site for transformers. Small-footprint transformers are 
designed to occupy as little space as possible; a 40 MVA small-footprint unit can replace 
a normal 25 MVA unit, fitting into its footprint. Most often these units are “tall and 
narrow” so that substation buswork must be raised, but occasionally they are simply a 
design compromised heavily in favor of small size in all three dimensions at the expense 
of other characteristics. 


High impedance transformers 


Often, a high impedance transformer is desired for a specific application, even though this 
may mean higher than normal electrical losses, in order tc reduce fault current. 


High phase number transformers 


Specialized transformers are available to produce six, twelve, or more phases of output 
power for certain applications, generally as the first step towards rectification of power 
where little ripple can be tolerated on the DC output. 


Completely self-protected transformers 


Many manufacturers of single-phase service transformers make them available with an 
optional internal breaker to protect against overcurrent that is switchable (through an 
external lever) from outside the case. These are called completely self-protected (CSP) 
transformers. Some utilities prefer these designs. 


Transformer Ratings and Characteristics 


Transformers are rated in terms of several attributes that are important to their performance, 
according to “standards” discussed in Foremost among these attributes is their 
voltage class rating. For example, a very popular substation transformer is 138 kV to 12.47 
kV, which means the transformer has a turns ratio of 11 (138/12.47) and is insulated for 138 
kV on its high side and 12.47 kV on its low side. Three-phase units are also specified by the 
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connection type; they can be built as delta-wye or delta-delta. A 138 kV/12.47 kV 
transformer could be built as either type, but most often one will find distribution substation 
transformers of this voltage delta-connected on the high side (transmission is almost 
invariably delta) and wye-connected on the low side (12.47 kV distribution is most often 
wye-connected). 

Transformers, like other power equipment, are often designed to tolerate voltages 
slightly higher than nominal. For example, it is common for 138 kV circuit breakers to be 
referred to as “146 kV class” because they are designed to meet certain standards at 146 kV, 
although they are normally used at 138 kV. A power transformer intended for 138 kV high- 
side and 12.47 kV low side use might be designed to meet standards at 146 kV on the high 
side and 15 kV on the low side, and some engineers might refer to it in this manner. It 
would still have an 11:1 turns ratio (138/12.47) and not a 9.73 turns ratio (146/15). 

As with line ratings, voltages are almost always given as phase-to-phase voltage, even 
though power is often applied phase-to-ground in wye-connected systems. Thus, a delta- 
wye transformer actually accepts 138 kV p-p voltage across phases on the high side, and 
produces 7.2 kV phase-to-neutral voltage for each phase on its low side, which, if loading is 
balanced, results in 12.47 kV p-p. Regardless, this transformer is normally referred to as a 
138 kV/12.47 kV transformer, not a 138 kV to 7.2 kV transformer. Despite this, most 
planners would understand what was meant if one of their colleagues mentioned a “138 kV 
delta to 7.2 kV wye” transformer. 

Transformer nomenclature becomes less definite when referring to single-phase units. 
For example, a single-phase transformer built so three such units can be connected into a 69 
kV (delta) to 12.47 kV (wye) bank might very well be referred to as either a 69 kV/12.47 
kV single-phase or a 69 kV/7.2 kV transformer, depending on the nomenclature and 
particular utility’s own way of doing things. 

Transformer voltage class nomenclature can be confusing at the service level, where 
custom and usage differ widely among utilities as well as countries. In “American” systems, 
service transformers are usually referenced with their utilization voltage given as phase-to- 
neutral voltage ~ as in 12.47 kV/120 volt, which is understood to mean that the transformer 
takes 7.2 kV phase-to-neutral (12.47 kV p-p) voltage on the high side and produces 120 volt 
(phase to neutral) on the low side. However, three-phase service transformers are 
occasionally referred to in terms of phase-to-phase cn both sides, as in 12.47 kV/208 V 
(208 V phase-to-phase is 120 V phase-to-neutral), rather than 12.47 kV/120 V. In 
“European” systems, service transformers are very often referenced by the phase-to-phase 
voltage rating on both sides — an 11 kV to .416 kV service transformer accepts 11 kV on the 
high side and produces 416 volts phase-to-phase for utilization at 250 volts phase-to-neutral 
in European electric systems. 

Capacity of a transformer is given in kVA or MVA, for example 25 MVA meaning that 
the transformer can handle the flow of 25 MVA. In planning, this is also often called the 
“size” of the transformer, as in “sizing” studies, where it is understood that the issue is 
determination of the capacity to be installed, not anything to do with physical size or shape 
of the unit. After voltage class rating (which determines if the transformer will fit the 
situation) capacity is the most important characteristic to the planner, and the one over 
which the most evaluation and study is expended. 

Capacity rating is always determined with respect to very specific conditions. 
Unfortunately, there is no standard for these conditions and great variation occurs in 
practice from one utility to another. For example, the manufacturer of a particular 
substation transformer might refer to it as a 25 MVA unit. This rating might be based on 
one of several industry “standards” which lay out very exact conditions, loading definitions, 
and periods. For example this transformer might be capable of handling 25 MVA on a 
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continuous basis out (in other words this does not include the losses and might entail 25.2 
MVA in), when the air around the unit is at 25°C and 65% humidity and still, when there 
are no harmonics at all (pure 60 Hz or 50 Hz power, as the case may be), with a steady-state 
rise in internal temperature (measured at the top of the oil above the core) of 55°C.° 

However, upon purchasing this unit and putting it in service, one particular utility might 
refer to it as a “37 MVA unit,” on the basis that under certain conditions it has decided to 
use as “rating conditions” the unit can handle 37 MVA.’ Another utility might refer to it as 
a “23.2 MVA” unit.® (This situation is a real example.) Regardless, the manufacturer and 
both utilities would all understand the transformer’s capabilities - engineering data and 
performance tables are available from which its specific performance under any set of 
conditions could be determined. For more details on transformer engineering see[Gonen|or 
in the References. 


Three-Rating Nomenclature 


Very often, transformer ratings are given as three rather than just one capacity rating — for 
example, 25/30/36 MVA. Again, there is no uniformity from one utility to another in what 
and how these ratings are determined for the reasons cited above. Further, the meanings of 
these three numbers vary from one utility to another, as discussed above. But what is 
important is that the planner understand what they mean with respect to his company’s 
rating system and the applications for which he is the planner. There are two very common 
“tri-rating” systems, each with slight individual variations as applied within utilities. 


“FOFA” ratings 


A transformer’s ability to handle load is constrained by the internal temperature rise it 
experiences (due to electrical losses). Whether rated at 65°C or 55°C or some other 
temperature rise, ultimately it is temperature rise of the hottest spot on the transformer core 
(usually at the top) that sets a bound on capacity. Many manufacturers offer optional oil 
pumps that circulate the transformer oil for more even distribution of heat and radiators 
with fans to assist in removing heat, much as the radiator in an automobile engine does. 
Thus, very often a “tri-rating” for a transformer will refer to the “FOFA” convention of 
labeling capacity, so that a 25/30/36 MVA transformer would have a rating of: 


25 MVA with only convection cooling: no oil pumps or radiator fans 
operating. 


30 MVA if its oil pumps are operating to circulate its oil internally to 
distribute temperature more evenly (FO, for “Forced Oil’). 


36 MVA when the oil pumps are working and the fans are blowing air over 
its radiators to accelerate the rate of heat removal (FOFA, for “Forced Oil 
and Forced Air’). 


© There are numerous, slightly different standards for rating transformers. See discussion of 
transformer ratings. 


7 The unit can handle 37 MVA for two hours without exceeding a temperature rise of 65°C, if not 
loaded above 20 MVA for the previous two hours and if the ambient temperature is not above 85°F. 


® This utility expects ambient temperatures that exceed those in the manufacturer’s rating conditions 
during its summer peak. This unit is expected to handle a 23.2 MVA load on a continuous basis, 
without exceeding a 55°C rise, when the ambient temperature is above 105°F, 65% humidity, with 
still air. 
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In general, these three ratings will refer to otherwise identical conditions of internal hot- 
spot temperature rise, load period, ambient conditions, etc. (however, there are exceptions). 
A transformer might be rated in this way, even if the oil pumps and radiators/fans are not 
installed. Often a utility will buy a 25/30/36 unit for service, without pumps and fans, 
knowing that if need be, the unit can be upgraded to 30 or 36 MVA peak capacity in the 
future. 


Normal, contingency, and emergency rating 


Many utilities apply an alternative tri-rating system, in which a transformer is rated with 
three numbers that refer to different conditions of application, so that a 25/30/36 MVA 
transformer could mean 


25 MVA under normal conditions: contiguous load of 25 MVA at 55°C under 
standard ambient conditions. 


30 MVA under “contingency” conditions defined as a 60°C rise for six hours. 


36 MVA under “emergency” conditions defined as a 65°C rise for four hours. 


11.4 BASIC EQUIPMENT SELECTION ECONOMICS 


Distribution system planning and layout includes determining what size and type of line and 
transformer is best at each point. At a later point in the planning process, precise design of 
feeders, down to and including details of pole placement, becomes important (engineering), 
as does specification of exactly what transformer (impedance, tap settings, etc.) is needed. 
But planning’s challenge is to determine the general characteristics of each of the pieces, 
the basic electrical and economic performance of the lines and transformers needed to make 
up the system. 


Selecting the Best Line Size for a Particular Situation 


Usually, a planner has a number of alternative sizes of line available for use in putting 
together the system. But in principle, any particular type and size of transmission or 
distzibution line (e.g. 12.47 kV p-p wye-connected, 336 MCM phase conductor with a 4/0 
neutral) can be used to move any amount of power up to its maximum capability, from 
point A and point B, with certain consequences: 


© power is moved from A to B 

e voltage drop occurs from point A to point B 

e losses in power are incurred, creating a cost 

© the equipment and labor for the line create a cost 


© maintaining the line in service creates a cost 


Figure 11.11}shows the total 30-year PW cost to move power across one mile of this 


line as a function of the annual peak load (assumed 8760 hours, 90% power factor, 60% 
load factor, 46% loss factor). A computation like this is very easily performed using an 
electronic spreadsheet. First, capital equipment and labor costs for the line are obtained. 
Then, the PW of annual fixed operating and ownership costs, evaluated over a 30-year 
period, is added to it to form the fixed cost. This is the total PW cost the utility burdens 
itself with in just having the line in place. It is the Y-intercept of the cost curve in the figure. 
Even if the utility moves no power over the line, it has spent this much money. 
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Figure 11.11 Annual cost of moving power one mile along a three-phase 12.47 kV distribution feeder 
built with 336 MCM conductor, with annual load measured in terms of its peak load over all 8760 
hours (the load curve has an annual losses factor of .46). 
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Figure 11.12 Computation of the cost curve for a second conductor identifies the ranges over which 
each conductor is the more economical of the two. 
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When the utility does move some amount of power over this line, that power movement 
creates losses. This is a variable cost that depends on the amount of power shipped over the 
line: annual losses costs can vary from zero to over $32,000 annually at this line’s 
maximum 10 MW (thermal) limit. This losses cost takes into account the annual load curve 
shape as described above, assuming the peak load is as on the X axis, with a 90% power 
factor and a 46% loss factor. Thirty-year PW of this annual loss is formed for every amount 
of load from zero to 10 MW and added to the fixed cost. The resulting curve shows the total 
PW cost of serving any amount of peak load, from 0 to 10 MVA peak, over its “lifetime” 
(30 years) with this type of line. 

A second size of line can be compared to the first to determine if and under what 
conditions it might be more economical. shows the lifetime cost versus peak 
load for the 336 MCM phase conductor line from and a similar cost curve 
computed for a line built with 636 MCM conductor. The larger line’s fixed cost is higher — 
the heavier conductor and its hardware costs more and requires more labor to construct. But 
the heavier conductor means lower impedance, so that the amount of losses (and hence its 
PW value) at any level of power transmission is lower. The 636 line also has a much higher 
thermal capacity — 14.9 MW instead of 10.3 MW. The two lines’ cost curves cross at 5.1 
MW. Below that value, the smaller line’s lower capital cost more than compensates for its 
higher lifetime losses costs. Above that, the larger conductor line is less expensive overall. 


Evaluation of More than Two Choices 


can be added to the comparison. Shown in are cost versus peak loading plots 
for new construction of lines of #2, 4/0, 795 MCM and 1113 MCM, in addition to the 336 
and 636 MCM lines used in the previous examples. All were evaluated in the same manner 
described previously. 


In a manner similar to the comparisons shown in SIRE 11.11 and 11.12 , other conductors 


Evaluation of one- and two-phase lines 


The preceding discussion focused on only balanced three-phase circuits. Similar analysis 
can be carried out on one- and two-phase line types to determine their economics_and 
identify when and if they offer more economy than three-phase lines can provide. 
shows Figure 11.13’s curves with cost curves for singie-phase #2 and 4/0 conductor 
plotted. In general, single-phase circuits have a lower initial cost and a higher operating 
losses cost than three-phase construction. They are suited only to moving small amounts of 
power short distances. However, single-phase lines are vitally important, for they make up 
the vast majority of a primary distribution system in all American and many rural European 
systems, a fact that is discussed in Chane an and whose economic and design 
implications are explored in detail in through 


Table 11.4 Economical Ranges of 12.47 kV OH Three-Phase 
Lines Evaluated for Capital and Losses Economics — Peak MW 


Line Conductor Low High 
#2 0 1.6 
4/0 1.6 3.7 
336 3.7 5.1 
636 5.1 8.5 
795 - - 


1113 8.5 12.4 
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Figure 11.13 Analysis of six line types for overhead 12.47 kV crossarm type feeder can be used to 
identify the range over which each conductor is most economical. The cost behavior of the entire set 
of possible line types at any voltage level can be characterized with an approximation that represents 
the lowest costs from among the conductor set (dotted line). 
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Figure 11.14 Single-phase lines, here of #2 and 4/0 conductor types (solid lines), can be added to the 
analysis. Dotted lines represent the three-phase conductors of various sizes from Figure 11.13. 


Copyright © 2004 by Marcel Dekker, Inc. 


Basic Line Segment and Transformer Sizing Economics 411 


Economical loading ranges for conductors 


The range of loadings over which a particular conductor offers lower cost than any other 
available conductor is called its economical loading range. shows economical 
ranges for the six conductors evaluated in In the range indicated, each is the 
most economical of the alternatives listed. Note that 795 MCM conductor has no range over 
which it is the most economical — it is a redundant line type. 


Effect of Load Growth on Conductor Selection 


Figure 11.15, top, shows the two-conductor evaluation from for a situation 


where load growth is assumed to grow by .5% annually from its original (plotted) peak 
value over the 30-year period of PW analysis. The value of future losses increases slightly 
with the higher load levels, shifting all points of both curves, except their Y-intercepts, 
upward slightly and causing the crossover point between the two to shift slightly to the left. 
As a result the crossover point drops to 4.7 MW, not a large shift, but illustrative of the fact 
that load growth provides an economic incentive to install larger conductor. 

Analysis such as shown here comparing any two line types for economic applicability is 
easy to do using a PC-based electronic spreadsheet, applying PW losses analysis to any 
specific schedule of load growth expected over the 30-year period of PW analysis. Figure 
11.15, bottom, compares the two conductors’ applicability assuming that the peak load level 
shown sees no load growth for four years and then jumps by an addition 20% due to new 
customer additions. 

In general, anticipation of load growth will move the breakpoint between two 
conductors to the left, favoring the larger conductor. Similarly, anticipation in any drop in 
load (for example due to conservation) will shift the breakpoint for a particular analysis to 
the right. 


Effect of shorter evaluation period 


As they face de-regulation and the cost-cutting measures forced by competitive pressures, 
many distribution utilities are choosing to evaluate spending decisions over a shorter period 
than 30 years, on the basis that a need for quick cost recovery is the only antidote to the 
tremendous uncertainty in the de-regulated industry. shows the impact of 
using a ten-year period (compare to Figure 11.12). The breakpoint between the two 
conductors has moved to the right, to 5.7 MW peak load. The impact is noticeable but not 
as dramatic as one might expect — while the planning period has been shortened by a factor 
of three (from 30 to 10 years), the PW of losses drops by only 32% — most of the PW for 
losses over the 30-year period are those that occur in its first decade. 


Changeout of Conductor in an Existing Line 


Often the cost of removing the conductor on an existing line and replacing it with a larger 
capacity line exceeds the entire cost of building a new line of the upgraded type. For 
example, one Midwestern utility estimates a mile of new 636 MCM OH 3-phase 12.47 kV 
feeder costs $145,000. By contrast, converting an existing 336 MCM line to this larger size 
is expected to cost $165,000 per mile. 

To apply this comparison method to decide between keeping an existing 336 MCM line 
or upgrading it to 636 MCM, the Y-intercepts (fixed cost) of both conductors are changed 
from those used in Figure 11.12. The smaller line is already in place, so its initial cost is 
zero. In some cases, the value.of future taxes, a continuing fixed cost, must be taken into 
account for both new and old alternatives, since the new may have higher property taxes. 
And in some cases, future O&M costs for both alternatives are taken into account (they may 
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be predicted to be higher for the older, smaller line), as are any appropriate expected costs 
attributable to unexpected failure or poor service quality (higher for the old, not-upgraded 
alternative). The fixed-cost for 636 MCM is increased by $20,000 to reflect the higher 
changeout cost of installing the conductor when the line is already in place. Otherwise, both 
curve shapes stay the same. 
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Figure 11.15 Anticipation of future load growth will shift the breakpoint between conductors in favor 
of a larger (lower losses) conductor. Top, a steady .5% load growth over the next 30 years shifts the 
breakeven point between 336 and 636 MCM from 5.1 to 4.7 MW. Bottom, the same evaluation with 
an assumption of an additional 20% MW of load growth added in only four years moves the 
breakeven point to only 4.0 MW. 
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Figure 11.16 Evaluated over only a 10- instead of 30-year period, the break point in| Figure 11.8 
increases to 5.7 MW. 
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Figure 11.17 Analysis of an existing 336 MCM line against the same line upgraded to 636 MCM, 
as explained in the text. 
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Figure 11.18 The minimum PW cost of using 12.47 kV OH lines to deliver power over the 30-year 
evaluation period (solid line) is approximated very well by the straight line cost/mile that includes the 
fixed cost of $88,000 plus $45,250 per megawatt of peak load. 
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[Figure 11.17|shows the result (assuming no load growth — compare to Figure 11.12}. In 
this case the two curves never meet (computation shows they would cross at 10.9 MW, a 
value above the 10.4 MW thermal capacity limit of the 336 MCM conductor. Thus, in this 
case, once the 336 MCM is in place it is best to leave it even if its losses cost becomes quite 
high. More generally, changeout evaluation always moves the breakpoint to the right in 
comparison to cases where new line types are being evaluated. Figure 11.17 also 
demonstrates a very real and important aspect of distribution planning: once conductors are 
in place, replacement is generally not justifiable on the basis of economics. Planners (and 
their utilities) have to live with their mistakes. 


Linearizing the Variable Cost of Loading 
If one takes the portion of each conductor’s cost curve in which it offers the lowest overall 
cost, these portions of the curves together form very nearly a straight line, as shown in 
Figure 11.18} Thus, even though losses costs for any one conductor are proportional to PR, 
given that the planner has a choice of appropriate conductors, the actual variable cost of his 
future distribution system is a straight-line function of loading. 

In this particular case, the “best that can be done” in|Figure 11.13] shown in Figure 
11.18, is approximated well by 

cost/mile = $88,000 + $45,250 x MW (11.1) 


The Economics of Underground Cable 


Underground cable systems in the core of large cities are relatively very expensive 
compared to overhead lines. They must be built in duct banks (direct burial of cable in a 
dense urban area is simply not an option). These ducts must be buried under streets (which 
means that construction disrupts traffic), and they require relatively wide trenching, 
considerable preparation and installation, and jJabor. After construction, the utility must do 
significant clean-up work, including restoration and re-paving of the street. All this work 
must be carried out in a crowded environment where permits, labor, and compliance costs 
are often quite high. The underground environment is crowded with other utility lines and 
pipes and care must be taken to do no damage io those. Cable pulling and splicing vaults 
must be installed at intervals. The cable itseif requires care and special skills in installation 
and splicing, etc. 

In this particular case, the “best that can be done” for UG distribution shown in 
is approximated well by 


cost/mile = $566,000 + $70,000 x MW (11.2) 


For all these reasons, UG circuit cost is much higher than for overhead lines of 
equivalent voltage and capacity, with most of that cost differential being in the fixed cost 
per mile. Trenching, ducting, re-paving, and similar costs are fixed costs for installing the 
cable duct, not a variable cost. The very high initial cost of the duct installation changes the 
economic decision-making framework to one dominated by this high fixed cost. From a 
planning standpoint, the high fixed cost often changes the planning decision from “What 
size should be built?” to “Should anything be built?” Figure 11.19 shows PW costs for UG 
duct circuits in an urban area of the western United States. 
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Figure 11.19 Cost curves for 12.47 kV underground distribution feeder trunk installed in concrete 
ducts in a downtown area of a major city, as used for planning by a utility in the western United 
States. Cost is dominated by the high fixed cost associated with building the ducts. Linearized model 
of costs is $566,000/mile + $70,000/MW-mile. 
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Figure 11.20 Cost curves for 12.47 kV single phase pad-mounted service transformers, including 
mitial and the PW of future losses costs, as evaiuated dy cne utility against aimnual (coincident) peak 
load. Rated sizes indicated are in kVA. Like conductor, these transformers have economic loading 


ranges. 
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Figure 11.21 138/12.47 kV substation transformer cost as a function of peak load can be analyzed 
exactly as line cost was previously. 
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Transformer Sizing Economics 


Transformers have initial costs (equipment and installation), ongoing operating costs (taxes, 
inspection, and maintenance), and electric losses costs, all exactly analogous to those 
discussed earlier in this chapter with respect to distribution line types. But transformer 
losses are more complicated to analyze and fit to a specific situation than line losses. 
Transformers have two types of losses: no-load losses (also called core losses), which occur 
because the unit is energized and are constant regardless of load, and load-related losses 
(also sometimes called copper losses), which are proportional to load squared and 
analogous to line losses. 

The total lifetime cost of a transformer can be plotted as a function of MW (at a 
specified power factor) or MVA in exactly the manner as line segment costs were evaluated 
previously in this chapter. Initial cost, future losses cost, and maintenance, etc., are all taken 
into account on a present-worth basis to determine total lifetime cost. The unit among those 
being considered that has the lowest overall cost is selected. 

Just as with lines, several similar sizes or types of transformer can be plotted together to 
determine how their costs compare as a function of loading. shows evaluation 
of loading ranges for service transformers. Note that the same linearity of application 
applies to transformers as it did in lines, although the fixed cost (Y-intercept) is relatively 
wide in range. No-load losses create an additional “fixed cost” as compared to lines. 


Size Selection for Power Transformers 


Selection of size and optimal! loading for substation transformers (e.g., 69 kV to 12.47 kV) 
can be addressed with the same approach discussed here and as applied in Figure 11.20 for 
service transformers. Figure 1121] shows this method applies to a series of three-phase, 
138/12.47 kV distribution substation transformers. The fixed costs shown here are based on 
the author’s recommended method of computing transformer costs for planning, including 
not only the cost of equipment, labor, and PW of lifetime O&M for the transformer, but 
also for all ancillary equipment such as buswork, breakers, and measurement and control 
systems required for this unit to be put in service. 

While this analytical method is applicable to power transformers it is not often applied 
for two reasons. First, many utilities standardize on only one or two sizes of substation 
transformer, varying the “size” of substations by using multiple units, as is discussed in 
and |17.| Second, in recognition of the significantly greater cost of substation 
transformers as compared to service transformers, and their greater impact on customer 
reliability and maintenance costs, a more comprehensive evaluation model is used to 
determine the best applicable type and identify guidelines about which size and type fit 
each specific situation. 

These more detailed evaluations are justified based both on cost and reliability 
considerations. They may include detailed assessment of load curve shape, equipment 
reliability and customer reliability needs (perhaps on a value-basis), O&M costs, voltage 
regulation, contingency requirements, and “durability impact.” All of this is wrapped up in 
a “lifetime utilization” optimization (see| Chapters 7]and bland the “Substation Durability 
and Utilization Planning Methods” section in|Chapter 24). 

The dotted line in Figure 11.21 shows a curve for a “low loss” transformer, in this case a 
particular 24 MVA unit with low core losses. This has been included to emphasize the 
complex nature of transformer specification and selection. This particular low-loss unit has 
a higher equipment cost, but that is more than offset by its much lower no-load losses. 
Overall, its Y-intercept (PW fixed cost) is lower. However, this particular “low loss” 
transformer has higher load-related losses than the other 24 MVA unit in this evaluation, so 
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Table 11.5 One-Page Summary of Chapter 11 
Lines and transformers are the fundamental building blocks of electric power systems. 


Lines move power. Higher voltage lines have a much lower cost per MW-mile to move power, but a 
much higher minimum fixed cost per mile and effectively a much higher “minimum amount” of 
power they can move efficiently. 


Transformers change the economy of scale for moving power. Their use in a power system is to 
progressively transform power from a “giant economy size” form (high voltage, low current) in which 
it is efficiently moved in bulk to lower voltage suitable to move smaller amounts of power efficiently 
along sub-transmission, then primary, and finally utilization voltage circuits. 


Voltage range and “size” — ampacity or capacity — are the two major characteristics that distinguish 
equipment types. 


Many different designs and types exist for both lines and transformers, varying by voltage class, 
type of design, and many special characteristics tailored to a diverse range of priorities, preferences, 
and special circumstances. 


American and European type system layout refers respectively to a dendrillic radial system design 
with heavy use of single-phase primary laterals and service level circuits and 120-volt utilization 
voltage, and a hierarchical loop system design using only three-phase service loops at 250-volt 
utilization voltage. These two systems use slightly different types of lines and transformers, optimized 
to their needs. 


Good overall economy comes from both good design of configuration and selection of the lowest- 
cost lines and transformers in every case throughout the system. 


“Lowest cost” usually means the least cost for lifetime usage, including initial costs for equipment 
and installation, and lifetime losses, O&M costs, and perhaps end-of-life removal and recycling costs. 


Most utilities standardize on a set of from three to six sizes of conductor which they use for all 
distribution lines in their system. 


The distribution range of conductor sizes is from #8 up to about 795 MCM cross-section, above 
which X/R ratio is so high that voltage performance is not outstanding. 


The selection of the best size of a line from among the several standard sizes is done on the basis 
of minimizing lifetime economics while fully meeting criteria for normal and emergency icading. 


Conductor and line-type selection guidelines can be developed from these cost versus loading 
studies that assess lifetime cost (initial plus long-term losses on a PW basis) against peak demand, and 
identify the most economical conductor/line type for each load level. 


Cost versus peak load characteristics of a set of conductors can be linearized into a fixed cost per 
mile and variable cost that is a linear function of the peak demand served. This formula is useful in 
estimating costs and optimizing “strategic” guidelines for system layout. 


Most utilities standardize on a set of from three to six sizes of service transformer which they use 
for distribution in their system. 


Service transformer selection guidelines can be developed using an economic loading approach that 
is similar to that used for conductors, but more complicated because there are two types of losses to 
consider (no-load and load-related losses). It leads to the same type of economic loading tables and 
guidelines. 


Power transformer selection is usually quite a bit more complicated, involving issues of space, 
short-circuit duty, maintenance requirements, and load growth, but is again fundamentally the same as 
lifetime-cost minimization of conductor and lines: PW of all costs, for every option that meets criteria, 
is compared and the lowest lifetime cost is selected. 
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that the slope of its variable cost curve as a function of loading is steeper. The two curves 
cross at 22 MVA, meaning that if the unit is intended to serve an annual peak load above 
that, the “low-loss” unit is actually the more expensive of the two on a lifetime basis, due to 
higher losses costs. 

The low-loss transformer case shown is by no means common, but it is representative of 
the problems engineers can encounter in evaluating transformers. In particular, “high- 
performance” electrical equipment, such as low-loss transformers, high-speed breakers, 
etc., are often high-performance in the sense that they have been optimized for a specific 
situation or range of applications. As a result, they may give up some other quality or 
characteristic: such units often represent different compromises in design, not improved 
technology overall. 

For example, some low-loss transformer models, including several amorphous-core 
types, have lower core losses costs but higher winding losses. The manufacturer’s 
optimized price versus performance for certain situations and lowered cost (and 
performance) in one area to cover part of the cost of the improvement in another. Such units 
are low-loss (or high-reliability, or whatever) in specific applications for which they were 
designed. But they often are decidedly non-optimal in other applications. It is better for 
planners to think of all such equipment as “different” rather than high performance, and to 
evaluate carefully for the specific application. 


11.5 CONCLUSION 


Line segments and transformers are the building blocks of the distribution system. They are 
available in a variety of styles, voltage levels, conductor types, phases, and sizes, with 
capacities and reaches that vary from very small to quite large. Distribution planners 
interested in achieving an overall economical distribution line want to make certain they 
have a good set of conductors from which to choose and that they apply correct economic 
evaluation to select the best line type for each segment in their system. This alone does not 
guarantee sound and economical distribution system design, but it is a necessary start — 
without the right parts, the whole apparatus can never be assembled. 
provides a one-page summary of key points from this chapter. 
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12 
Choosing the Right Set of 
Line and Equipment Sizes 


12.1 INTRODUCTION 


covered basic selection methods for picking the best size or type of unit or line 
for any particular application. But in order to achieve maximum success in laying out the 
most economical system, planners must have a good range of selection — a good set of 
equipment sizes and types — available for the applications they must fill. A wide range of 
equipment capacity sizes and types means that planners have the flexibility to engineer an 
exact match for every situation. However, a large number of different types and sizes of 
units creates additional inventory and standards costs for the utility: maintaining standards, 
fittings, and stock of a large number of different types of units. This chapter addresses how 
planners can determine if they have a set of building blocks that fulfils their needs and how 
to achieve the best balance between flexibility and inventory cost 


The Design Balancing Act: Current Economy and Voltage Reach 


The fundamental purpose of a distribution system is to move power. The evaluation that led 
to and the associated tables and figures that built upon them in 
Chapter 11 looked at only the economic efficiency of moving power on a per mile basis — 
what might be termed current economy. But while economy on a per mile basis is an 
important part of design, if the system is capable of moving power only two miles before 
encountering voltage drop constraints and the power needs to be moved three miles due to 
the substation layout (i.e., the substations must be built six miles apart), then the distribution 
design is not really optimum. Thus, a second important aspect of distribution design is 
whether the system can economically move power far enough to meet the system’s needs, 
while keeping within the upper and lower bounds of the utility’s voltage guidelines (see 
Chapter 20} . This might be termed voltage economy, or load reach economy. 

A power system’s “need” for distance of power movement depends on a host of factors 
that planners have considerable ability to control, the major one being substation spacing ~ 
the average distance between substations. If substations are close together, the distance 
feeders will need to move power will be short. If they are farther apart, the feeder system 
will need to move power a farther distance — not all the time in all places, but often enough 


419 
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that an inability to meet this “between substations distance” requirement efficiently will 
have an averse impact on the system’s economy and performance. 


Load Reach and Efficiency 


The concept of load reach was introduced in sections 9.3 and 9.4. Load reach is 
the distance that an electrical line can move power before encountering limits in its voltage 
performance due to service criteria. If the primary voltage drop limit is set at a maximum of 
7.5%, and a distribution line type has 2.5% voltage drop/mile at a target loading level, then 
its load reach is three miles. Important load reach measures are thermal, emergency, and 
economic load reach. This section summarizes and reviews load reach, a concept that will 
be used to explore system efficiencies with regard to equipment selection. The reader 
unfamiliar with distance-based design concepts like load reach and k-factor, may wish to 
consult sections 9.3 and 9.4. 


Thermal load reach 


The distance a particular line type can move power at its thermal limit is its thermal load 
reach. For example, a 12.47 kV (p-p) 336 MCM ACSR overhead line of typical design has 
a drop of 298 volts/mile (4.1% per mile) at its thermal limit of 530 amps. Its thermal load 
reach against a 7.5% voltage drop criteria is 


Thermal load reach = .075/.041 = 1.8 miles 


Thermal load reaches for several distribution line sizes are shown in Those for 
smaller conductor sizes are similar (nearly constant), because impedance and ampacity of 
lines in the #8 to 600 MCM range are inversely related. Load reach drops for larger wire 
sizes due to changing X/R ratio — see Chapter 9 for details. 


Emergency or contingency load reach 


The distance a particular line can move power during emergency or contingency situations 
is its emergency load reach, sometimes called contingency load reach. Even though a 
utility may set emergency loading at thermal capacity, emergency load reach will be greater 
than thermal load reach, because most voltage guidelines permit greater voltage drop range 
during emergencies. For example, ANSI C84.i-1989 lists Range A (105% to 95% of 
nominal, a 10% range) at the customer service entrance under normal conditions, but 
permits Range B (105.8% to 91.7%, a 14.1% range) during emergencies. A utility that 
reserves 2.5% voltage drop for the service level thus sees a primary voltage drop limit of 
7.5% under normal conditions, but has 11.6% available aliowable under contingency 
switching situations, a load-reach contingency margin of 55%. As a result, if the 336 MCM 
feeder above were limited to its thermal ampacity during contingencies, its emergency load 
reach would still exceed the thermal load reach by 55% — 2.8 versus 1.8 miles. 


Economic load reach 


hapter 11] section 11.4, explained the basic concept of economic loading analysis (this 
chapter will extend that to a more comprehensive analysis involving adjusting the available 
sizes and types to fit the system needs). The essence of that economic loading engineering 
is to determine a range of peak loadings for each conductor, at which its lifetime cost — the 
sum of initial cost, losses, and perhaps O&M when serving a load with that peak demand, 
as it varies through all 8760 hours of the year — is minimized over the conductor’s expected 
lifetime. Often, O&M is ignored in such analysis, because O&M is not a function of 
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Table 12.1 Thermal Load Reach Distances 
for 12.47 kV OH 3-P Line Type - Miles 


Conductor Thermal Reach 
#6 1.8 
#2 1.8 
4/0 1.8 
336 1.8 
636 1.6 
795 1.5 
1113 1.4 
1354 12 
2000 1.1 


Table 12.2 Economical Ranges of 12.47 kV OH 
Three-Phase Line Types as Evaluated for Capital 
and Losses Economics - Annual Peak MW 


Line Conductor . Low High 


#2 0 1.6 
4/0 1.6 3.7 
336 3.7 5.1 
636 3.1. 8.5 
795 

1113 8.5 12.4 
1354 12.5 16.4 
2000 16.5 18.0 


Table 12.3 Economic Load Reach for 12.47 
kV OH 3-P Line Type - Miles 


Conductor Economic Reach 


#6 3.6 
#2 3.5 
4/0 3.6 
336 3.6 
636 3.5 
795 - 
1113 2.7 
1354 2.4 
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loading or wire size. (It is a function of whether a line is three- or single-phase, but varies 
little with wire size). 

Economic load reach is the distance that power will flow on a feeder segment of this 
type when loaded at the top end of that range, just before reaching the utility’s maximum 
permitted voltage drop. If a particular line type, when utilized to its maximum economic 
loading, has a voltage drop of 2.5%/mile, and the utility permits 7.5% voltage drop on its 
primary system, then the line type’s economic load reach is 3 miles. 

As is the case with thermal reach, the economic reach of a set of several distribution 
wire sizes in the range of #8 to 600 MCM is usually about the same — typically within 
+10%|Tables 12.2] and]12.3] give economic loading ranges and the resulting economic load 
reaches for a set of 12.47 kV line types as built by many utilities, when evaluated against a 
representative (63% load factor, 90% PF) type of loading and with typical losses and 
construction costs involved. 

Economic load reach is about 3.5 miles (as the feeder runs) for most 12.5 kV systems, 
depending on the utility’s exact economics and the characteristics of its load. (Load factor 
and power factor of demand affect losses costs, which means economic loading ranges and 
hence load reach vary from utility to utility. If, because of its layout and substation spacing, 
a particular system requires power to be moved 3.5 miles to reach the most distant points 
between substations, then feeders with an economic load reach of about 3.5 miles will be 
close to optimum for meeting its distribution needs.' But if the requirement is for power to 
be moved 5.0 miles, then a feeder system with only a 3.5 mile reach will be inefficient — 
recommended loadings will have to be reduced by about 40% from their most economic 
points or considerable numbers of voltage regulators will be needed. Either way, the system 
as a whole will be a less economical design than it could be, in a very real sense. 

Load reach of a particular set of conductors (i.e., those in [Tables 12. 112.3) iS 
proportional to operating voltage: double voltage to 25 kV and the conductors shown would 
have an economic load reach nearly 2.0 times those shown (not exactly two times, however, 
because the greater voltage probably will use a wider crossarm spacing which will increase 
reactance, which increases voltage drop per mile, thereby reducing load reach slightly). 


Practical Realities - Accommodating Constraints on Distribution Systems 


Thus, where planners are free to choose the primary voltage drop, they should select one 
that gives the appropriate load reach to “fit” system needs based on substation spacing and 
line-length considerations. However, the vast majority of electric utility planners are 
“stuck” with one or two existing primary voltages and cannot re-visit the decisions that led 
to those. Load-reach design concepts prove very useful in determining how to best 
compromise among the several channels open to planners to balance requirements for 
voltage drop, control, and economy in their system. That is one subject of this chapter. 

The chapter begins in section 12.2 with a discussion of voltage drop, distance and 
efficiency, and how raw economic loading ranges (from can be adjusted to 
meet load reach needs of the system as a whole: distribution systems exist to move power 
over distance, and it is not sufficient that lines be economical only on a per mile basis. 
Section 12.3. then discusses the performance of a set of conductor sizes as judged against 
the distance and economy performance that a system will need. Sections 12.4 and 12.5 
cover set design — determining how many line types are enough and what conductors 
should be in a set. Section 12.6 extends the set-selection approach to transformers. Section 
12.7 provides a summary of key points. 


‘ It is important to bear in mind that this is 3.5 miles as the feeder runs, which works out to a 
substation service area radius of about 2.5 miles (spacing about 5 miles apart). 
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12.2 USING ECONOMIC LOADING AND VOLTAGE DROP WELL 
“Covering Ground” Efficiently 


The summary on the previous three pages and section 9.4 highlighted the fundamental 
importance of a distribution system’s efficiency in what might be called “covering ground.” 
The system’s primary mission is to distribute power, to move it to many locations. A big 
part of distribution planning is doing that efficiently — at low cost. That means achieving 
good economy of use (economical loading) and satisfactory voltage performance from both 
the customer (service quality) and system (moving power over distance) standpoints. In a 
system where load reach, substation spacing, and economic loading have been adjusted and 
made compatible, these factors usually “will work out well” in a majority of planning 
situations. The distribution system will be efficient and low cost, and yet fully meet the 
needs for power distribution. By contrast, in a system where this is not the case, there will 
be numerous exceptions, requiring design deviations from economic loading requirements 
or voltage regulation or other solutions, all of which will increase cost. Furthermore, that 
“not naturally compatible” system will be more difficult to operate, full of local exceptions, 
loading constraints, and variations in contingency capability which will challenge operators. 

At most modern utilities, staffs are downsized and lean. They cannot afford to spend a 
lot of time “customizing” every circuit design just to “get it to work.” Thus, a very real 
savings that comes from the types of guideline compatibility discussed here is a reduction 
in required planning and engineering effort. A distribution system which has incompatible 
reach-economic loading-layout guidelines will need tailoring, adjustment, and “tweaking” 
of circuit designs in order to meet minimum standards. One with such compatiblity will 
require far less work. ; 

revealed a generally applicable truth about a radial feeder when it has been 
laid out with every segment sized according to the economic loading range principles 


discussed in 


If a radial distribution feeder is planned so that every segment’s 
loading falls within its conductor’s economic loading range then 
there will be no voltage drop problems on any electrical flow 
path iess than the economic load reach of the conductor set. 


Thus, a planner who lays out a 12.47 kV feeder using the economic sizing principle 
discussed in Chapter 11, using the smaller sizes of wire common to distribution systems in 
is assured that a feeder will be least cost, and will encounter no voltage drop 
problems out to 3.6 miles of feeder run. From a practical standpoint, since not every 
segment in that feeder would have a loading at the top end of its economic range, usually 
the effective reach of a design is somewhat more. Later chapters will discuss practical 
matters associated with this concept. Some trunks and branches will need to have “big 
wire” for switching contingency margin to assure reliability, although again there is a type 
of “load-reach-related” efficiency that can be applied to them, too. And there are practices 
in the design of feeders that ensure that their layout arranges most of their flow routes so 
they have equal reach needs. There are ways to account for those concerns while 
considering the effects of load growth (loading today that is at the bottom of the economic 
range for a conductor might grow in a few years to be at the top) and others. 

But the important point here is that load reach is a concept that must be used well in 
distribution planning if planners are to achieve really top-tier performance. Laying out a 
feeder system so that it is “naturally” economical, and so it “naturally” encounters no 
excess voltage drop, and so that it does not need to have applied the various complexities 
that those problems create keeps costs and effort of the feeder low. It also keeps planning 
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and design effort low. This does not happen just by accident. It happens because planners 
first study the needs of their system, the financial impacts of capital and operating costs to 
their utility, and the voltage drop needs of their customers; then identify constraints they 
cannot balance; and then balance economy, reach, and service guidelines to the extent they 
can, working around those constraints they cannot affect. That process begins with the 
methods covered in this chapter. 


Voltage Level and Load Reach 


Later in this chapter, the relationship between load reach and voltage level will be 
discussed. Again, it is worth noting that the best way planners can provide for a load reach 
that meets their needs is to select voltage level. A 12.47 feeder voltage provides an 
economical load reach of about 3.6 miles as shown in Selection of a primary 
voltage of 25 kV instead would double the load reach, to 7.2 miles. 

The higher voltage is usually justifiable only if the planners need a load reach greater 
than 3.6 miles on a consistent, routine basis. If they are going to lay out a system whose 
load density and substation size mean that substations wil! be spaced so closely that feeder 
routes will seldom run more than 3.6 miles, then the added cost of 25 kV is not justifiable. 
The 25 kV system will cost noticeably more: every insulator, every crossarm, every service 
transformer, every insulated unit of equipment on the lines and in the low side of every 
substation will be more costly. The overriding goal, like in all engineering, is to pick the 
lowest cost voltage level that will do the job. 

These aspects of design will be explored in more detail farther on in this chapter. Later, 
will explore how to compute and balance the costs and savings from higher 
primary voltage versus the costs of different substation design types and spacing (larger, 
smaller, etc.) to achieve an overall minimum-cost system. 


The essence of good strategic primary feeder level planning is to select 
a primary voltage level, a line type set, and an overall distribution 
system layout including substation spacing that are naturally 
compatible with the power distribution needs of the area being served. 


If this is done well, the system will be naturally economical, while performing well with 
respect to voltage and loading criteria. Like many good ideas, this is simple in concept but 
often difficult to achieve. 


Working with an existing voltage level 


As mentioned earlier, for many distribution planners, selection an optimal voltage level- 
load reach combination is a moot point, because they are “stuck” with an existing primary 
or MV voltage level on their system, whether it is good or not. The load reach concept and 
its application are particularly useful to them, because it provides guidelines on when, 
where, and why they will run into design problems with feeder performance. 


Voltage Drop in the Economic Loading Range 


The larger conductor sizes shown in [Tables 12.1}12.3 have shorter economic reach 
distances, because voltage drop for their sizes does not stay in inverse proportion to their 
ampacity. Losses are a function of resistance, which varies roughly in inverse proportion to 
conductor ampacity. But voltage drop is a function_of impedance (resistance and reactance) 
and reactance depends mostly on phase spacing Figure 11.6). As a rough rule of thumb, 
doubling a line’s ampacity will cut resistance in half, but reduce reactance by only 10%. 


Copyright © 2004 by Marcel Dekker, Inc. 


Choosing the Right Set of Line and Equipment Sizes 425 


3.0 #2 4/0 336 636 795 1113 
2.5 
aA Lana SRA ee Jy Oe” AA ae 2.08 volt/mile 
o 20 (3.6 mile reach) 
o 
t 
a. 
9 
co 1.5 
= 1113 limited to 
a 9.3 MW 
S 1.0 636 limited to 
7.1 MW 


0 
0123 4 § 6 FT 8 ¥Y 10 11 12 13 14 
Load - MW 


Figure 12.1 Voltage drop per mile of the conductors in the example as a function of loading. Heavy 
portion of each line is its economic loading range. The dotted line shows the voltage drop (2.08 
volts/mile) corresponding to a load reach of 3.6 mile against a 7.5% voltage drop criterion. Due to 
their high X/R ratios, both 636 and 1113 MCM type lines have higher voltage drops for corresponding 
amounts of economic loading, and thus a much shorter load reach than the smaller conductor. 
shows the economic loading table as revised to limit their recommended loading ranges to less 
than 2.08 volts/mile, so they match the load reach of the smaller conductors in the set. 


For example, upgrading #2 ACSR (Z = 1.7 + j.9 ohms) to 4/0 ACSR (.6 + j.8 ohms) 
nearly doubles ampacity and nearly halves resistance. The small conductor has a rejatively 
high resistance, and thus cutting that in half has a large impact on impedance and voltage 
drop. Both losses and the voltage drop are nearly halved. But this “trick” doesn’t work as 
well with larger conductor. Consider upgrading 336 MCM (.3 + j.66) to 1113 MCM (.09 + 
j.6 ohms impedance), a conductor with roughly twice the ampacity. The first point one 
notes is that 1113 MCM seems much more than twice the size of 336 MCM. It has more 
than two and one-half times the cross section, and more than two and one-half times the 
weight of conductor to keep in the air — meaning poles, crossarms, and hardware must be 
far heavier and costlier. But due to skin effect and other factors, this heavier wire carries 
only about twice the current. But while it has only twice the ampacity, impedance is less 
than one-third, so it cuts losses by a factor of three in this case. 

But due to reactance, the magnitude of its impedance is decreased by only 18%. Impact 
on voltage drop will depend on power factor, but in most practical situations (80-90% 
power factor) voltage drop will be reduced far less than losses. 

Figure 12.1 shows the voltage drop per mile of the various conductors from 
as a function of their loading at 90% power factor. Voltage drop in their economic loading 
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ranges is highlighted (heavier portions of the lines), and the impact of the increasingly high 
XYR ratios for larger conductor can clearly be seen. 


Adjusting Loading Ranges for Equivalent Reach 


As shown in if 636 and 1113 MCM line types are limited to 7.8 and 9.3 MW 
respectively, then they, too, achieve a voltage drop sufficient to move power 3.6 miles 
while staying within criteria, essentially matching the load reach performance of the rest of 
the conductors in the set. shows the economic loading ranges of 
adjusted so that each conductor has an economic load reach of 3.6 miles. 

The loading ranges shown in Table 12.4 provide compatible capability for all the 
conductors in the set. Those shown in Table 12.2 looked only at cost per mile and neglected 
the need to move power. Table 12.4 provides a more consistent set of guidelines. 

Many distribution planners are familiar with the economic selection process outlined in 
a straightforward analysis which resulted in the loading ranges in Table 12.2. 
However, they are unfamiliar with the idea of de-rating large conductor as recommended in 
It is important to understand why this should be done as a general guideline, 
from which occasional deviations can be made when justified. First, planners should realize 
that only a very small amount of potential savings is given up in de-rating the larger 
conductors — their economic curves are very flat, as illustrated in and The 
cost curves for the larger conductors are quite parallel to one another in the range where 
they cross (those for smaller conductor aren’t). Thus, deviations in loading range among the 
larger conductor sizes mean only slight changes in cost (the same is not true if similar 
adjustments are made in the smaller conductors). Furthermore, most of the modified range 
for 636 and 1113 in Table 12.4 is also in the optimum economy ranges shown in Table 
_ 12.2. There is little if any penalty in terms of conductor economics from such “de-rating.”’ 
By contrast, the savings in planning effort due to compatibility of reach usually pays off 
handsomely. 


Adjustment leads to maximum system economy 


Whether the adjustment is warranted depends on whether the distribution planners need a 
reach of 3.6 miles to satisfy their system requirements. However, if planners de not arrange 
their system so they use all its equipment capabilities, they are forfeiting performance they 
could apply to lower cost. This ts discussed in more detail in Chapter 11. 

A layout typical of most radial feeders includes a single trunk (usually of large 
conductor) upstream of many branches and laterals (usually of small conductor). if the 
trunk’s large conductor is among the largest wire sizes used and loaded to the top of its 
economical range (Table 12.2), it could create an undue amount of voltage drop on that 
trunk, “using up” load reach and forcing the planner to reduce loadings or accept a shorter 
reach on many miles of smaller lines. As an example, 1113 MCM, the largest conductor in 
the set, has 2.8% volts/mile at its maximum economic loading. If it is used at that load for 
one mile of trunk, the remaining voltage drop available to the planner is only 4.7%. Any of 
the smaller conductors in the set — those suitable for the more lightly loaded branches and 
segments downstream — can move power 2.25 miles at maximum economical loading 
before reaching a 4.7% voltage drop, all that is left within the 7.5% criteria. Total feeder 
length is thus limited to 3.25 miles — 10% less distance, meaning 19% less substation area, 
and load, than the most economic potential of this conductor set. In a majority of situations 
where planners need the 3.5 mile reach of this conductor set, the cost impact of this 
reduction will more than outweigh the savings from using the 1113 MCM trunk to the top 
of its “economic” loading range. De-rating it as in Table 12.4, and solving the distribution 
problem in the region through other means, such as the configuration variations covered in 
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Table 12.4 Loading Ranges of the Conductors from |Table 12.2 
as Evaluated for Capital, Losses, and Load Reach - Peak MW 


Line Conductor Low High 
#2 0 1.6 
4/0 1.6 3.7 
336 3.7 5.1 
636 5.1 7.8 
795 not used (redundant) 
1113 7.8 9.3 


1113 MCM 


PW Cost - $ million 


0123 4 5 6 7 8 9 
Peak Load - MW 


Figure 12.2 Only the portion of the cost versus loading curves in each conductor’s economic loading 
range ate shown here. Those for 636 and 1113 MCM cross at 8.5 MW, but moving the switch-out 
load to 7.8 MW increases cost only a slight amount because the curves for the larger conductors are 


very tangential at that point. 


ac & 
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Figure 12.3. The cost curves for small conductor are not as parallel near their intersection points as 
they are for larger conductor. Thus, adjustment away from the recommended loadings determined by 
the basic economic loading analysis section 11.4) will have an adverse economic impact. 
Fortunately, due to the smaller X/R ratios for these conductor sizes, such deviation is not needed for 


load reach reasons. 
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Chapters 13]and [14,] will almost always lead to both better economy and better flexibility to 
meet unexpected changing future requirements. 

Finally, loading tables are only guidelines for equipment usage. Exceptions will abound 
in actual application. Then, judgment and evaluation on a case-by-case basis must be used 
to determine if, when, and how exceptions will be executed. Regardless, the fundamental 
purpose of “loading range” tables is to guide planners in how to best use conductors as well, 
but also reduce their work load. The fact that planners will still encounter some exceptions 
to any loading range guideline table is testimony to the value of and need for 
comprehensive planning methods, such as the automated circuit optimization methods 
discussed in Modern optimization methods can balance the conflicting 
constraints and requirements of voltage, reach requirements, conductor sizing, and losses 
costs, in ways that no table or simplified engineering analysis can ever accommodate. Even 
with these tools, however, a set of well-designed loading and layout guidelines, compatible 
with customer-service criteria, will lead to better cost efficiency (optimization cannot 
“optimize” a satisfactory solution where there is no good solution). 

Therefore, when all is considered, the recommended loading guideline for the 12.47 kV 
conductor set evaluated in this chapter limits it to 9.3 MW, less than 40% of the thermal 
capacity of its largest conductor and only 75% of its largest conductor’s maximum 
economic loading (i.e., based only on cost/mile). As much as any one table can provide a 
set of general guidelines for how to make the most of the conductors in the example given, 
not is that set of “optimized” loading guidelines. Moreover, the 
method of determining economic guidelines and adjusting them for load reach 
compatibility described here is the recommended way to determine such loading ranges. 

Many utilities would adjust Table 12.4 in one way. Given the very small savings that 
1113 MCM renders over 636 MCM at 9 MW (less than 3%), they would chose not to 
include it in their conductor inventory, and use 636 MCM as the largest standard conductor, 
limiting the recommended loadings on the primary feeder system to about 7.5 MW. This 
also reduces short-circuit duty on the low-side breakers at the substation, with a possible 
cost savings there. Alternatively, a utility might delete 636 MCM and 1113 and substitute 
the “redundant” 795 MCM as a single-conductor compromise between the two other sizes. 

Regardless, Table 12.4 and the foregoing discussion serve as a good examples of the 
technique and result from the basic recommended loading guideline method and its 
adjustment for load reach, wherein a set of conductors evaluated on the basis of cost per 
mile, with the larger line types “‘de-rated” to the lower end of the economic loading ranges 
so that their voltage drop performance will be equivalent to that of the smaller conductors. 
Table 12.4’s values will be used as an example for further development below. 


12.3 ECONOMY AND PERFORMANCE OF A CONDUCTOR SET 
A Model of a Conductor Set’s Economy 


shows the set of recommended loading ranges for a range of conductor (Table 
12.4) on the left, and on the right an approximation to the overall conductor set’s 
economics. The function on the right estimates within a few percent cost of moving power 
with the conductors and loadings listed in Table 12.4. Since those represent an “optimized” 
combination of economy and voltage performance, it represents the essential elements of 
feeder behavior of this particular conductor set at this voltage (12.47 kV phase to phase), 
assuming good planning practices are followed and constraints do not unduly affect system 
design — both reasonable assumptions overall. Therefore, approximations like this are a 
useful tool for exploring how feeder systems interact with system needs and optimizing 
their compatibility with overall (multi-level) system design guidelines. 
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Figure 12.4 At the left, the portions of each conductor’s cost curve that lie in its recommended 
loading range {Table 12.4). Three very large conductor sizes (1354, 1515, and 2000 MCM) have been 
added to illustrate how lifetime costs escalate exponentially beyond a certain point if equivalent load 
reach is expected (ever larger conductor sizes must be de-rated in ever larger percentages to achieve 
the required reach). Right, the simple function described in the text represents the composite “best that 
can be done” of the conductor set quite well. 


General features of all such approximations, include four aspects, which are: 


Minimum cost to move power (the Y-intercept). In this example it is $88,000. This 
is the approximate minimum cost of building a three-phase line of minimal 
capacity, with no losses cost. Such no-load lines are seldom built, yet the fixed cost 
is a very important element as will be seen later in this and subsequent chapters. 


Slope of the economic loading range, between 0 and about 8.5 MW peak load in 
this case. The cost added to the $88,000 Y-intercept value is $45,250 per MW of 
peak load, and represents the PW cost of voth the added capital cost whenever 
conductor needs to upgraded and the cost of losses. 


Width of the economical range. Here is it is from 0 to 8.5 MW. Above that, this 
conductor set/voltage combination cannot move power quite as economically as if 
loadings are kept within the range. 


Exponential “expensive” range. Above about 8.5 MW, costs rise as losses follow 
an ever steeper curve due to worsening X/R ratios. 


In general, any well-selected set of conductors at this voltage and evaluated under these 
same criteria will have the same general characteristics as those shown in Figure 12.4 ~ a 
Y-intercept, a linear range with a significant slope so that variable cost linearly rises to 
about 3-5 times the fixed cost, and an exponential range above that linear range, where oe 
conductor set is much less effective. 


Any good set of conductors will do 


Had planners picked another set of ACSR conductors, for example #4, 1/0, 2/0, 277, 500, 
and 675 MCM and 900 MCM instead of those in Table 12.4, but still followed the same 
procedure for economic loading analysis and load reach adjustment of larger conductors, 
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they would have obtained a set of loading guidelines that would result in very nearly the 
same function as in The overall economics of power transmission across a 
feeder system using well-designed loading and load-reach guidelines are not highly 
dependant on specific conductors. It is mostly a function of primary voltage level, the 
utility’s cost structure, and the characteristics of its demand. Use of a different type of 
conductor, for example all aluminum (AA) or copper instead of ACSR (aluminum clad, 
steel reinforced) would have slightly altered the curve, although not significantly. 


Effect of Different Voltage Levels 


Similar analysis of cost, reach, and loading can be carried out for other primary distribution 
voltages, using the same conductors as in (able 12.4 and the approximate relation for “the 
best that can be done” at each voltage level determined as in Figure 12.4. 
compares the 12.47 kV cost behavior curve shown in Figure 12.4 with those for 4.16 kV, 25 
kV, and 34.5 kV, all for the same set of conductors.” The figure displays the general 
behavior of cost versus peak load as primary voltage level of the distribution system is 
varied. Salient aspects of this variation are: 


The minimum fixed cost per mile changes roughly in proportion to something 
between the square and the cube root of the relative voltage level — 25 kV costs 
about 27% more to build than 12.47 kV, while 34.5 kV costs about 60% more, and 
so forth. It increases mostly because of the cost of insulation and clearances for the 
higher voltage. Note: cost impact of the changes in primary voltage on the service 
level (a 50 kVA transformer varies slightly in cost depending on high-side 
voltage) is not taken into consideration here, nor are any variations in cost on the 
substation low-side insulation and equipment needs. 


The width of the economical linear range is approximately proportional to voltage 
(.e., it is between 0-8.5 MW for 12.47 kV, 0-2.8 MW for 4.16 kV, 0-17 MW for 
25 kV, 0-23.5 MV for 34.5 kV). 


The slope of both the economical linear range and the expensive exponential 
ranges varies roughly in proportion to the reciprocal of the voltage (linear cost is 
$45,250/MW for 12.47 kV, $22,600/MW at 25 kV). 


This last result is interesting and somewhat counter-intuitive. At any specified level of 
power (e.g., 6 MW) doubling voltage halves the required current, therefore cutting the 
icsses (and losses costs) by a factor of four. One might expect, then, that slope would fall 
greatly. However, the reduction in losses costs wrought by doubling the voltage changes the 
economics of conductor selection — the losses costs that can justify larger conductor are 
less at higher voltage. The net result is that, to a fairly close approximation, the slope 
(losses versus load) is inversely proportional to voltage, not inversely proportional to 
voltage squared. 

Figure 12.5 shows that every distribution voltage has some range of loading in which it 
is more economical than other choices. However, this comparison alone does not indicate 
(in fact, it does not even come close to indicating) what voltage is best for any given system 
situation because it does not include any assessment of the need to cover ground — the 
voltages shown vary in load reach by nearly an order of magnitude, something that will be 
examined in detail below. 


Crossarm distances used in impedance calculations were seven, nine, ten, and twelve feet, 
respectively. 
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Total PW Cost $- millions 
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Peak Load - MW 


Figure 12.5 Behavior of overall cost versus peak load for various phase-to-phase voltages, based on 
urban/suburban construction costs and 30-year PW costs of O&M and losses for a utility in the mid 
United States, for conductor utilization with loading ranges adjusted in all cases to the “natural” 
economic load reach of the smaller conductors in the set. Losses are computed based on an 8760-hour 
loss factor in terms of the peak load plotted, and no load growth was assumed. Costs are reported here 
in relative terms because the authors do not want readers to overinterpret the results — actual values 
from such an analysis are not general to all situations. 


Furthermore, the fact that 25 kV offers a lower cost per mile than 12.47 kV for all loads 
above 2.3 MW may be irrelevant in determining primary voltage selection, even in a system 
where every feeder has a peak load well above that value. What many planners forget to 
consider is that for every mile of “big wire” trunk loaded to a relatively high value for 
distribution (e.g., above 5 MVA), there are literally dozens of miles of minimal-wire 
laterals and branches loaded to less than 1.5 MVA, for which the fixed costs of a higher 
voltage makes it an “expensive” solution. 

Usually higher voltages will justify themselves when most if not all of the their greater 
load reach is needed to meet system needs due to substation spacing. The economy they 
provide in moving larger amounts of power will add to the advantage they have — but 
generally voltage must justify itself from the need to distribute power over longer distances. 
Balancing this voltage-distance need against systems needs for economy will be explored in 


more detail later in this chapter and in and 


Table 12.5 Economical Load Reach Distances for OH 
3-P Line Example as a Function of Voltage ~ Miles 


Primary Voltage -kV Economic Reach — Miles 
4.2 1.3 
12.5 3.6 
13.8 4.0 
24.9 TA 
34.5 9.7 
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Economic Load Reach as a Function of Primary Voltage 


This section will explore the relationship between load reach, primary voltage, and 
economy. [Table 12.5 gives the minimum economic load reach (distance at maximum 


economical loading) for the set of six distribution conductor line types (#2 to 636 MCM) 
analyzed earlier in this chapter, operating at voltages of 4.16, 12.47, 25, and 34.5 kV. 
Distances shown are not in exact proportion to voltage level because values at each voltage 
were based on impedances computed for the voltages’ crossarm spacing (e.g., 12 feet for 
34.5 kV versus 7 feet for 4.16 kV). Again, reactance is a function of spacing. 


A caveat: values shown here are representative but not general 


The relationships and concepts covered here apply to all AC power distribution systems. 
The numerica! values used for costs, loadings, and distances are representative of typical 
electric utility distribution systems and their characteristics, but these specific numbers are 
not generally applicable to all systems. A 336 MCM 3-phase line might have a 
recommended loading of 3.7 to 5.1 MW and a load reach of 3.5 miles at one utility, but a 
loading of 4.1 to 5.6 MW and a load reach of 3.35 miles at another. Exact values for 
loadings, costs, reaches, and other factors used here depend on the specific cost structure of 
a utility, its design standards and equipment usage guidelines, and its customer load 
characteristics. 


What remains the same as primary voltage is changed 


The qualitative aspects of the overall relationships discussed in this chapter do not change 
as a function of the primary voltage. 


1. Thermal, economic, and emergency load reach distances are fairly constant over 
the range #8 to 600 MCM conductor size, regardless of the operating voltage. 


2. In all cases, feeders laid out with all segments sized according to economic 
loading guidelines will have a load reach equal to that of the conductor set. 


3. Regardless of voltage, X/R ratio begins to diminish the load reach vs. loading 
linearity at conductor sizes above about 600 MCM. 


4. The approximate model of most economical results (Right side,|Figure 12.4), 
with its fixed cost, linear range, and exponential cost range, applies in all cases 
(specific values just change). 


5. The concepts and methodology applied here can be (and should be) extended to 
two- and single-phase lines including both the sizing and loading of them as 
well as determination of when phasing should be used for efficiency and cost- 
savings.° 


What changes as primary voltage is changed 


Reviewing again and expanding upon the relationship between the performance 
characteristics studied in this chapter and primary voltage: 


6. Economic load reach is proportional to voltage. The 25 kV reach of 7.1 miles 
listed in [Table 12.4 is nearly twice that at 12.47 kV. Similarly, the 3.6 mile 


> Phasing is also a customer-service issue. Some customers need three-phase power and the utility 
must run three-phase power lines to their location. But in other cases, the selection of one-, two-, or 
three-phase line is dictated by the same type of economics discussed here. 
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economic reach of 12.47 kV is almost three times that of 4.16 kV, a voltage 
only 1/3 as much. Load reach is very nearly proportional to voltage level, not 
quite proportional because it decreases slightly as voltage is raised due to the 
higher reactance created by the greater conductor spacing typically used at 
higher voltage. 


7. Power conveyed in the economic range is proportional to voltage. The three- 
phase line segment with 336 MCM conductor in this example has loadings of 
1.7 MW, 5.1 MW, and 10.2 MW as the top end of its economic loading range at 
4.16, 12.47, and 25 kV respectively: loading and voltage are both in the same 
ratios of 1:3:6. 


8. The width of the linear range is also proportional to voltage. It is 2.3, 7.8, and 
15.5 MW for 4.16, 12.47, and 25 kV respectively. 


9. The fixed cost increases as voltage increases. As discussed earlier, the Y- 
intercept of the cost function — the cost of the smallest, unloaded line that can be 
built — is proportional to something between the square and cube root of primary 
voltage. 


10.The slope of the economic range will be flatter at higher voltages. Doubling 
voltage tends to reduce the slope by up to but not more than half. 


Characteristics of Feeders Laid Out Using “Economy and Reach” Tables 


When used as a guideline for “putting together’ a feeder, a feeder system, or studying the 
best guidelines for an entire distribution system, the conductor selection recommendations 
from a table like 12.4 (a table similarly constructed but for the utility’s specific situation) 
will result in initial feeder designs — starting points - which are close to “optimal” or at 
least as optimal as any quick starting points can be, for a majority of situations. Important 
points are covered below. 


Feeders laid out based on economical conductor selection 
have the same economic load reach as their conductor set 


This has been stated before, but bears repeating because this voltage performance is an 
important consequence of correctly developing and utilizing economic loading tables for 
line type and conductor sizing. Most feeders will be laid out as shown in with 
the conductor size “tapered” farther from the substation as loadings decrease at line 
locations farther along the circuit. When each segment is selected based on the adjusted 
loading tables (e.g., Table 12.4), the resulting set of segments (i.e., the whole feeder) will 
have a composite economic load reach of about 3.6 miles. 


Distribution systems planned and utilized based on 
economic conductor selection can usually be depended 
upon to have a reach equal to the average economic 


load reach distance of their conductor set, if well 
engineered for phase balance and power factor. 
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3.6 miles, 7.5% VD 
at peak demand 


3.5 miles, 7.2% VD 
at peak demand 


3.6 miles, 7.4% VD 
at peak demand 


Figure 12.6 A planner can depend on economic selection criteria to produce a feeder with a load 
reach equal to that of the conductor set. If all line segments in this 12.47 kV feeder have had their 
conductor size selected on an economical basis from able 12.51 then every path in the feeder will stay 
within voltage drop criteria out to at least 3.6 miles. 


The ideal feeder length is nearly always the economic load reach 


Feeders significantly shorter than the economic load reach do not fully utilize the power 
movement potential of the primary voltage and conductors being used. Feeders longer than 
that limit have performance problems or must have their loadings reduced (in which case 
they are no longer economical). 


Maximum economy is achieved when a feeder is laid 
out so that its length(s) is just at the economical load 
reach, with all segments sized by economic selection. 


Reach is important in determining the distribution voltage level 


If the substation spacing in a system is expected to be such that feeders will routinely have 
circuit runs of six miles, then a distribution voltage that provi'les economical load reack ‘or 
the conductor set at that distance is needed. A lower voltage could be used and made to 
work but will entail higher overall costs. A higher voltage with a greater reach will increase 
the fixed cost — and with it the cost of all laterals and smaller line segments in the system — 
again increasing overall cost. 

These and other aspects of voltage selection, feeder configuration, and the involvement 
of economic reach as a key design factor in distribution layout are explored in much more 


detail in 
Using a Conductor Set Beyond Its Economical Reach 


Often, a distribution planner has no choice but to use the distribution system to deliver 
power over distances well beyond its economic reach. For example, most of the substations 
in a system might be planned five miles apart, so that the 12.47 kV example used earlier fits 
those needs well. (A spacing of five miles leaves about 3.5 miles maximum between 
substations, or about 3.5 miles “as the feeder runs.” 

But perhaps because no substation is planned in a particular sub-region, a planner knows 
that power will have to be distributed up to nine miles using this same 12.47 kV, a distance 
far beyond that voltage’s economic load reach. One way to accomplish this task is to rely 
on some combination of voltage regulators and switched capacitors to boost voltage as 
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Table 12.6 Maximum Load at a Reach of Nine 
Miles for OH 12.47 kV 3-P Line Types ~ MW 


Line Conductor Load 


#2 4 
4/0 i2 
336 17 
636 2.6 
795 2.8 
1113 3.7 


required. This can be expensive and has a relatively high continuing maintenance cost. 
Another way is to use larger conductor than specified for economical loading, or put 
another way, to employ line types at less than their most economical rating in order to gain 
additional load reach. 

Table 12.6 gives the loadings that result in a voltage drop of .83% per mile for each of 
the six conductors shown in previous tables — this voltage drop is equivalent to a reach of 
nine miles against a 7.5% voltage drop criterion. Figure 12.7 shows the portion of each 
conductor’s cost curve for loads less than this limit. Linearization of “the best that can be 
done” in this case produces a 30% higher linear slope (compared to the normal economical 
linear range slope, also shown) — the planner can expect to pay about 30% more compared 
to normal distribution costs to move this power. Since this margin is greater than the 
difference in capital costs between 25 kV and 12.47 kV (about 40%) but less than that 
between 12.47 kV and 34.5 kV (about 60-70%), the planner might want to look at 25 kV 
for this case. 


Linear approximation 
‘of besi costs at 
9 mile reach 


Normal linear cost 
(3.6 mile reach) 


PW Cost - $ million 


Peak Load - MW 


Figure 12.7 The portion of the six conductor cost curves from that fall within the nine 
mile reach criteria. Broad lines indicate the portion of each conductor’s curve where it is the best 
choice of the six. Linearized, these choices result in slope more than 50% greater than the linearized 


cost for economical utilization (seq Figure 12.2). 
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12.4 CONDUCTOR SET DESIGN: FUNDAMENTAL ASPECTS 


Although there are over one hundred types and sizes of overhead conductor and a similarly 
wide variety of underground cable types available for use, most distribution utilities 
standardize on between three and six conductor types, and usually a slightly smaller number 
of cable types, which they keep in inventory and from which they build their system. The 
reason is that while a large number of available conductor and cable types would provide “a 
conductor for every situation,” maintaining many different types as a standard increases 
cost. There is more to standardizing on a particular conductor — for example 336 MCM 
ACSR - than just deciding to use it and asking the Stores department to maintain it in stock. 

For example, a complete set of brackets, splices, terminators, clamps, and fittings must 
be kept in stock for each particular conductor. A larger number of different sizes and types 
will be needed if a larger set of conductors is used. Beyond this, drawings and engineering 
specifications for lines built from each conductor must be developed and maintained. In 
addition, line crews must be provided with tools compatible with each conductor type (for 
example, the grips and the splice crimp jaws required to work 336 MCM conductor are 
slightly different than those needed for bigger or smaller conductor, etc.). Finally, everyone 
involved must be trained in the installation and procedures for each conductor type (in some 
cases stringing and tensioning procedures vary slightly from one type of conductor to 
another), and all must also keep track of which equipment goes with what conductor, which 
will increase both costs and the potential for mistakes. 

For all these reasons, while having only one conductor or cable size is known to be far 
too limiting, maintaining many types and sizes as standard approved design inventory is too 
costly. As a result, nearly all utilities settle on using a set of between three and six line types 


for OH and about three of four cable sizes. 


weedy 
. 


Relative PW Cost 
o-= NM YO bh HAN OO © 


+B) +c =D 


o 1 2 3 4 5 6 7 8 9g 10 11 
Peak Load -MW 


Figure 12.8 An ideal set of four conductors for 12.47 kV application offers a very linear cost from 0 
to 8.5 MW of peak load — the full width of the possible economic linear cost range at 12.47. Here, the 
economical range of each conductor in an ideal set is roughly equal, at about 2.1 MW each, covering 
the 8.5 MW range in four equal increments with the “large conductor” having plenty of thermal 
capacity above the economic range to deal with cases of very high load for feeder getaways. 


Copyright © 2004 by Marcel Dekker, Inc. 


Choosing the Right Set of Line and Equipment Sizes 437 


What set of four or five conductors ought to be selected by a utility for use in putting 
together its system? Ideally, the planners need a set that provides: 


e adequate load reach 
e alow fixed cost 
e a linear cost performance over the an adequate range of loadings 


e a “big conductor” for situations where they must carry more load than in 
that economical range for short distances 


These qualities are illustrated in 

Note that selection of specific conductors cannot widen the potential economic linear 
range. That is a function of the voltage drop and to a much less extent the conductor 
spacing (reducing it will extend the upper end of the range slightly), due to the physics of 
line reactance as discussed earlier. However, poor selection of conductors can either reduce 
the economic range or result in needing too many types to cover it well. 

Thus, the best that can be done is to pick a set that covers the range permissible within 
X/R limitations at the distribution voltage being used. Recommended practice is to select 
conductors to divide the possible economic range into N equal increments, where N is the 
number of conductors to be chosen, as shown in Figure 12.8. The largest conductor in this 
set is used to handle all large loads (those above the linear economical range) and should be 
as large as possible subject to these other constraints. 


Common Problems in Conductor Inventory Design 


illustrates two common problems that can occur with conductor set design and 
guideline development. The first is a redundant line type: a conductor without some range 
of loadings in which it provides the lowest cost. Unless there is some reason to maintain 
this conductor in stock sufficient to justify the cost of doing so, it should be deleted from 
the standard inventory. 

There can be valid reasons for maintaining a “redundant” conductor or line type. For 
example, some utilities apply AA (all aluminum) conductor to most of their design, but 
keep one or two sizes of ACSR (aluminum clad, stee! reinforced) for applications where 
long span length or severe weather conditions require a particularly strong conductor. The 
ACSR, which has a higher cost and slightly higher losses compared to a similar AA 
conductor, will appear redundant when evaluated in the manner outlined here. From an 
economics perspective it is — its existence in the utility’s inventory should be justified on 
the extra reliability it provides in those situations for which it is intended. Those 
considerations are not covered here, and frankly are often insufficient to warrant keeping 
the extra conductor type as a standard design and inventory. Usually, redundant conductors 
should be removed from the standards inventory. 

The second problem shown in Figure 12.9 is a “gap” in economical application 
(shaded area), a range of loading where near-linear performance is not achieved because 
none of the conductors in the set offers outstanding economics in that range of loadings. 
The gap shown on the right side of Figure 12.9 is quite serious: at its worst (around 3.5 
MW) the difference between the “should be attainable” linear performance and the actual 
represents a 30% increase in cost. This set of conductors leaves the distribution planner 
with no choice but to pay 30% more than is really necessary to move 3.5 MW of power. 

The solution is to add a conductor to cover the gap, usually be rearranging the entire set, 
picking different conductors. While there are rare situations where it is impossible to find a 
set of conductors that offer truly linear cost/performance ratio over a wide range of possible 
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Figure 12.9 Common problems with conductor inventory selection are revealed through evaluation 
of the peak versus cost curves of two sets of four conductors. At the left, economic loading curves for 
four conductors in a set are shown. One is a redundant conductor (broad line), a wire size that has no 
range of loadings in which it is the most economical in the set. At the right, a different set of four 
conductors has no redundant conductor, but has a distinct gap in the loading range (shaded area) 
within which no conductor approaches the potential efficiency that is available. 


loadings, close to linear performance usually is attainable from a well chosen set of 
conductors and line designs. A method to do this very close to optimally will be presented 
in a few pages. 


Conductor economics are best re-examined every five years 


Conductor economics should be reviewed every five years, or whenever any change in 
construction practices, costs, or planning method is made. Figure 12.10]illustrates what can 
happen when such review is not done. In this case, a utility in the northeastern United States 
standardized on a set of five conductors for 12.47 kV application in 1965, selecting at the 
time a set that offered good, linear cost performance based on the costs and economic 
evaluation method used at that time (left diagram in Figure 12.10). 

Three decades later that set no longer provided good conductor economics, in spite of 
the fact that there are five conductors from which to choose. The reasons behind this change 
in performance provide a lesson in why conductor inventory and loading guidelines should 
be reviewed periodically by any utility’s planning staff: 


Labor costs (in constant 1995 dollars) increased over the 30-year period. 
Construction and maintenance costs, and hence the Y-intercept for every 
conductor type, are higher in 1995 than in 1965. 


Tax rate increased by 15% over the period, and while slight this continuing cost 
also contributed to a rise in the PW O&M and hence the Y-intercept fixed cost. 


Construction standards changed. In 1976 the utility revised its distribution 
standards to require post-insulator construction in a delta configuration (one 
phase on top and two laterals from each side of the pole) for all major feeder 
trunks. This was done for esthetic reasons, since large feeder trunks generally 
run along major streets and highways and post insulator is considered to have a 
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somewhat neater appearance). Post insulator construction reduced line spacing 
(and hence reactance) by about 4%, thus improving the voltage performance of 
all, particularly the larger conductor. 


Losses costs changed. They actually decreased slightly (by about 3%) over the 
period, when measured in constant dollars, due to improvements in generation 
efficiency and economic dispatching capability on the system. 


Planning period changed — the utility shifted to a ten-year planning evaluation 
period for losses, from the previous 30-year period, effectively reducing both 
the cost of O&M (part of the fixed Y-intercept cost and the cost of losses). 


The net impact of all these changes was that fixed costs increased slightly, more 
for larger conductor types than for the small, and variable (losses) costs went 
down, again more for large conductor than for the small. This rearrangement 
created the “gap” around 2 MW that is clearly visible in the 1995 performance 
of the conductor set, as shown in Figure 12.9] 


The reason why this gap is important is shown in Figure 12.11]. Analysis of this utility’s 
existing system on a segment-by-segment basis shows that fully half of all three-phase 
power shipped on its distribution system is moved in a range of between 2 to 4 MW annual 
peak load. While planners often focus on only the large-current feeder segments, most 
systems have a characteristic like that shown in Figure 12.11, with a majority of the 
distribution system application lying in the lower levels of maximum possible feeder 
segment capability. Therefore, any gap left by the conductor set in this range is serious. The 
system needs to move amounts of power in this range often, yet planners have no tool with 
which to move these amounts of power as economically as possible. 


1965 1995 
Low labor costs Higher labor costs 
All crossarm construction Large conductor on posi-insulators 
30-year planning horizon 10-year planning horizon 
1.0 1.0 
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Figure 12.10 Example of how conductor economics can change, in this case for a utility in the 
northeastern United States. When originally created in 1965, the set of five conductors resulted in very 
linear economic performance over a range of loadings from 0-8.5 MW. Thirty years later, costs and 
construction standards had shifted so that these five conductors no longer provided good economical 
choices to meet all needs. Costs shown are evaluated on a common basis (relative 1995 dollars). 
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Figure 12.11 Left, the 24,800 miles of primary voltage line in the system whose conductor 
economics are shown in plotted as a function of annual peak load. The majority of 
primary voltage segments carry less than 2 MW at peak. Right, same data with each segment length 
weighted by its MW loading. While large conductor lines carrying heavy loads get a lot of attention 
from planners, lightly loaded lines are by far the predominant type of construction needed. 


Emergency Reach Considerations 


Contingency switching and support capabilities create a host of additional considerations 
for feeder loading that planners must accommodate in the determination of both their 
loading of feeder trunks and their voltage performance applications. Economy of operation 
— achieving least-cost performance — is of no importance in planning for contingencies on 
the feeder system: such situations occur too rarely for costs of losses, etc., to be of any 
concern. Instead, current-carrying capability and voltage performance are the main 
concerns: don’t critically overload any equipment and maintain at least minimally 
satisfactory voltage during contingency operation. 

will deal with contingency backup planning at the feeder level, including 
sectionalization and switching, and voltage performance under contingency loading 
situations. It is useful at this point, however, to comment on the interaction of contingency 
operating needs with the normal operation economic loading requirements covered here. 
During contingencies, feeder trunks handle both more load than normal and usually are 
switched so they move power farther (i.e., past their “end” or normally open point onto an 
adjacent feeder whose source is outaged). The total MW x miles of burden placed on the 
feeder trunk providing the contingency support increases: it has greater loading, which 
exacerbates voltage drop to all customers it serves (both those normally served and those it 
is serving only during the contingency). Furthermore, the distance from source to the 
customers on the “far end” of the contingency support path is greater than normal, which 
further exacerbates voltage drop for them. 

Usually, overloading of conductors during contingencies is not a major concern. Normal 
“economic guideline” loads are so far below thermal ampacity limits that exceeding the 
thermal limit on major portions of feeder trunks is seldom a concern. Instead, voltage drop 


* The most common exceptions being problems created by excessive loads created by cold-load 
pickup and the limits of short, underground cable “feeder getaways” in what are otherwise overhead 
systems. 
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becomes the major design barrier during contingency operation. The discussion earlier in 
this chapter (section 12.1) pointed out that most utilities’ guidelines permit a greater voltage 
drop during contingencies. ANSI range B, for example, applies to contingencies where 
ANSI range A applies to normal operations and permits 40% greater voltage drop. Thus, if 
the combination of increased load and greater distance during a contingency amounts to less 
than 40% more than normal loading, there will be significant violation of operating criteria. 

Great as a 40% margin of additional voltage drop may be, it is often not sufficient to 
meet contingency needs of traditional switching approaches. These may call for 
contingency loads as much as 100% over normal to be carried along the feeder trunk over a 
power flow pathway that is up to 100% longer at its worst. More complex but workable 
plans may reduce this need to perhaps only 33% additional loading and 33% additional 
pathway distance, but this is still much more than 40%. Thus, planners may need to create a 
set of loading guidelines that apply only to switched feeder trunks. These guidelines reduce 
the loading of segments providing contingency support to the lower end of their economical 
range. Table 12.7 shows a representative set: adjusted values representing a 26% margin, 
which together with the 40% discussed above provides a total of 66%. The economy (under 
normal situations) of the trunks will not be quite as good as the unadjusted numbers would 
provide, but it is the best that can be done under contingency constraints. 

Such adjustments are not always needed, because artful planning of configuration, 
switching placement, and contingency operating plans can often reduce pathway distance so 
that the 40% margin is more than sufficient (Chapter 14). Regardless, good management of 
the interaction between contingency planning and loading guideline design boils down to 
assuring that contingency needs do not dictate the normal loading guidelines. If a utility is 
forced to “back down” on reach or load requirements for its conductor set in order to 
achieve sound operation during contingencies, it bears a burden of cost for most of the 8760 
hours of a year that “pays off’ only on rare occasions — it is not an effective use of money. 
If the utility needs greater reach than its guidelines give but does not adjust them 
downward, then planners face considerable work in “custom” engineering of contingency 
voltage drop solutions on a case by case basis. Planning costs are much higher. 

For the vast majority of situations, the author recommends “handling” the interaction of 
contingency planning and economic loading needs through sound contingency and switch 
planning, as discussed in Chapter 14, so as to leave economic loading guidelines iargely 
undisturbed by contingency consideration, so that most segments on feeders can be planned 
to be most economical when both cost per mile and normal reach needs are considered. 


Table 12.7 Loading Ranges of the Conductors from |Table 12.4 
Adjusted for Contingency Needs - Peak MW 


Line Non-trunk Switchable Trunk 
Conductor Low High Low High 
#2 0 1.6 - 

4/0 1.6 3.7 - 

336 3.7 5.1 3.7 3.9 
636 5.1 7.8 3.9 6.0 
795 not used (redundant) 


1113 7.8 9.3 6.1 7.1 


Copyright © 2004 by Marcel Dekker, Inc. 


442 Chapter 12 


Summary of Key Points in Conductor Set Design 


The guidelines for the loading and use of conductors/line types in a distribution system 
should be designed as a set. The overall goal (strategy) is a set of guidelines that provides 
planners with a likely prospect of achieving three goals simultaneously: 


1. A good economy of use on a per mile basis, which can be likened to optimizing 
the current flow capability. 


2. Satisfactory load reach — adequate voltage performance — so that the feeder 
system is “naturally” capable of moving power as needed to be compatible with 
overall least-cost design of the distribution system including the next links up in 
the power system chain, the substation-subtransmission level. 


3. Ease of planning — few situations that require extensive study and deviations 
from standard design. 


Key aspects of the actual conductor set design sought (tactics), which planners should 
work to achieve in the design of their loading guidelines are, in order of importance: 


a. A small set of conductors — from three to six — that cover the range of loadings 
that will be needed. 


b. Sufficient economic voltage reach, which means the average economic reach of 
the set of conductors below 600 MCM. 


c. Minimal cost per mile — close to linear PW cost vs. loading performance, with no 
large gaps and no redundant conductors over the entire loading range from very 
close to zero to the point where X/R ratio (= 600 MCM) begins to force the 
voltage drop of the set to rise more than linearly with loading. 


d. Single- and two-phase line types included in load tables and optimized for low 
cost at very low (> 500 kVA) peak loads. 


e. Low fixed cost, particularly for single-phase, as low as permissible while still 
assuring (a) and (b) are met. 


f. Thermal capability far beyond the linear range for the largest available conductor 
to handle needs of very short, large-capability feeder getaway segments, etc. 
(These are often needed for reliability and switching purposes as will be 


discussed in (Chapter 14.) 


g. Focus and compromise in favor of capability for larger conductor, and low fixed 
cost and economy for small conductor, when and if compromise is necessary to 
achieve (a) and (b), above. 


These tactical requirements are listed roughly in decreasing order of importance. Load 
reach is listed above the need for minimal cost per mile. In general, if longer reach will be 
routinely needed in a system, then it is best for the overall economics of the system to 
reduce recommended loadings of conductor (e.g., to achieve something close 
to the reach needed in the conductor set as a whole. Very little in primary feeder planning 
can be as frustrating for planners and as inefficient for the utility as trying to achieve the 
required distribution distances with feeder designs that have far less economic reach than 
needed. Voltage-VAR “solutions” such as capacitors and voltage regulators are ineffective 
(tables like those developed here assume good power factor) or expensive (voltage 
regulators cost a good deal in continuing losses and O&M). 


Copyright © 2004 by Marcel Dekker, Inc. 


Choosing the Right Set of Line and Equipment Sizes 443 


12.5 RECOMMENDED METHOD FOR CONDUCTOR SET DESIGN 


The purpose of “conductor set design” is to determine the best set of line types (conductor 
and cable sizes, line construction types) for new construction to determine the 
recommended loading levels for both new and existing (already in place) lines by type and 
to determine the loading points at which reinforcement or reconstruction to upgrade 
existing lines to new construction is justified. Many aspects of the distribution business are 
involved in these decisions, including planning, engineering, operations, stores, customer 
service, and others. While the distribution planner must be aware of all of these 
perspectives, as steward of the planning function his chief priority is to assure that the 
resulting conductor inventory permits economical and satisfactory service to be achieved in 
the system and that it is compatible with the design and interactions of the distribution 
system with other levels of the system. 


Include All Costs 


It is vital that all costs be included in the analysis and that the PW analysis include future 
O&M, tax, disposal and clean up, and other costs over whatever period is used for decision- 
making. “Cost” should include those listed in Table 12.8) and any others applicable. 


Determine Switch-Out Loads and Conductors for Lines Already In Place 


Planners cannot “undo” mistakes made in the past, but in some cases due to load growth or 
poor planning, lines already put in place are loaded far beyond the peak loads expected 
when they were originally planned. Planners should know at what load level it becomes 
economical to upgrade each type of line and which conductor is most economical as an 
upgrade. Figure 12.12 shows the basic method of analysis and illustrates the important 
aspects of determining upgrades for existing lines. The four curves shown represent line 
types taken from [Figure 12.8 jand have had their Y-intercepts adjusted, as explained in the 
figure caption, in keeping with the discussion about conductor changeout economics given 
in|Chapter 11] The most economical upgrade is not always the next-largest line size. 


Relative PW Cost 


4 5 6 7 8 9 10 11 
Peak Load -MW 


Figure 12.12 Conductors B and C (solid lines) from Figure 12.8 evaluated on an “already installed” 
basis ~ they both have their Y-intercept adjusted to reflect only their future O&M PW costs, but no 
initial construction cost, because they are the “existing” lines in a “before and after” table. The dashed 
lines show conductor C and D with higher Y-intercept costs than in previous figures, reflecting the 
fact that upgrades done to existing lines cost more than original construction of the same line type. 
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While conductor C had an economic loading range for new design of 4.3 to 6.4 MW 
(this can be seen by study of the diagram), replacement of this type when it is already in 
place is not economically justifiable until its peak load reaches 8.7 MW. More interesting is 
the case for conductor B. Its changeout point is similarly much higher than its maximum 
new construction loading (6.7 MW versus 4.2 MW), but if it needs to be changed out, it 
should be replaced with conductor type D, and not C, the next largest size. 


Very often the recommended upgrade for an existing 
line is not the next largest size, but a conductor two or 
even three steps up the “capacity ladder.” 


Number of Conductors in the Set 


Most utilities have found that between three and six overhead conductor types are needed, 
and between two and four cable types are necessary at each distribution voltage level. 
However, the proper answer to “what is N, the best number of conductors to have?” is “‘the 
minimum number that can provide linear cost with no significant gaps” over the range or 
required application (which is normally the full range of loadings from zero up to the point 
where X/R ratio makes linearity impossible with any size conductor). 


An “extra large” size 


Some utilities include one conductor in their inventory as an “extra large” size, leaving 
N - 1 to cover the range of normally expected loadings. This is usually not economical: as 
stated earlier, selecting a set of N conductors that provides linear coverage but leaves “extra 
capacity” above the linear range for the largest size generally provides plenty of capacity to 
handle extreme cases. 


Single- and two-phase versus three-phase evaluation 


Studies of application should look at whether one- or two-phase lines are more economical 
than three-phase, which can be determined in a manner illustrated in 


Method for Determining Economic 
Application and Conductor Sets 


All of the data and criteria applicable to conductor inventory selection, in the manner 
recommended for consideration here, can be evaluated with an electronic spreadsheet on a 
personal computer. The results shown in all tables and drawings in this chapter were 


prepared by the author using a spreadsheet that took roughly one workday to put together 
and test. [Table 12.8 lists the type of data used as input. Using these data, the spreadsheet: 


A. Computes the positive, negative, and zero sequence impedance for each 
conductor from conductor and spacing data (see|Kersting| 1992). 


B. Uses the impedances to determine the losses and voltage drop caused by 8760 
hours of load, at the input load factor, with power transmitted 1 mile along each 
conductor. It also computes the power delivered at the conductor’s thermal 
limit. 

C. Computes two PW multipliers. (1) W, a simple PW multiplier (e.g., PW of a 
dollar over the next 30 years at a .9 PW factor equals $8.61, so W is 8.61 if 
period = 30 and PW factor =.9) and (2) a multiplier, U, that represents PW and 
escalation of losses costs due to load growth. 
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Table 12.8 Data Used in Analysis of Conductor Sizing 


Primary voltage (p-p) Conductor spacing table 
Conductor ohms/mile, GMR, and thermal limits Conductor initial installed cost 
Property tax rate Annual line inspection cost 
Annual maintenance cost expectation Demand cost of losses 

Energy cost of losses Annual load loss factor 

Load power factor Annual load growth rate 

PW evaluation period PW factor 


Table 12.9 Economic Utilization Ranges for Conductors at 12.47 kV - MW 
Conductor Phases Normal (3 mile reach) Rural (10.5 mile reach)* 


Low High Low High 
#2 1 0 25 0 08 
4/0 1 25 60 08 16 
#2 3 60 1.66 16 48 
440 3 1.66 3.70 A8 1.06 
336 3 3.70 5.10 1.06 1.45 
636 3 5.10 8.75 1.45 2.50 
1113 3 8.75 12.84 2.50 3.68 


* for a 15-mile substation spacing. 


D. Fixed cost for each conductor is determined as initial cost plus W times its annual 
O&M costs (the sum of taxes, inspection, etc.). 


E. Based on (B) and the demand and energy losses costs, it computes the annual 
cost of losses for all values of peak load from 2 MW to the conductor’s thermal 
limit, and multiplies this times U to determine the PW losses cost, adding the 
fixed cost to get the total cost. 


F, The author then would manually select sets of four to five curves to plot. ‘The 
most difficult manual effort is accommodating a common reach (see ‘{Adjusting| 
[Loading Ranges for Equivalent Reach) earlier in this chapter). However, in 
numerous cases tested, it proved easy to find four to five conductors that always 
gave linear performance. 


It is certainly feasible to develop a computer program with a more complicated 
algorithm that would optimize the selection against a performance index of economics 
weighted by a distribution loading histogram but the basic method covered here is more 
than suitable for addressing most utility decisions with regard to conductor sizing. 


Comprehensive Line-Sizing Planning Tables 


Once a suitable set of conductors has been identified, a table of line type application ranges 
for planning can be developed, as illustrated by the values shown in Table 12.9, developed 
in 1992 for a utility in New England. These provide a guideline for planners in laying out 
their system and in determining if and when conductors should be upgraded. 
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12.6 STANDARD TRANSFORMER SETS 


Recommended practice for distribution planners is to establish a standard transformer set — 
a group of transformer types and sizes covering the required ranges of loadings, selected in 
a manner similar to the conductor sizing/set selection covered earlier in this chapter. They, 
too, will they provide a linear range of application like the conductors do. This is quite 
straightforward to apply to the service transformers and much simpler to engineer than are 
the conductor sets, because there are no load reach considerations involved. Key points are: 


1. UG and OH applications need to be considered separately, as these units are far 
different types of design and fit into far different types of system layouts and 
areas of the service territory. 


2. Transformers for different voltage ranges (12.47 kV, 25 kV, 34.5kV) need to be 
considered separately, too. 


3. For each voltage range and each UG or OH set: 


a. Identify the range of loadings required. Not all sizes may be needed at 
all voltages, nor for both OH and UG. 


b. Try to confine consideration to standard transformers from major 
manufacturers. A utility can specify units built to its own specs., but 
ultimately this drives up cost and drives down availability, and is self- 
defeating in a majority of cases. 


c. Assess a wide range of units using the PW lifetime cost assessment 
method from (Chapter 11 Include all relevant costs. 
d. Select the minimum set possible over the relevant loading range needed 


to assure linearity of cost and delete all redundant or near redundant 
units. 


The resulting set will be appropriate for all but a minor portion of the utility’s needs. 
Substation and Power Transformers 


As stated earlier in this chapter, most power delivery utilities do not need a set of power 
transformers covering a wide range of loadings. For a variety of reasons, including the 
fact that larger substations tend to be built from multiple units of the same size, most 
utilities may have only one or two “standard” sizes/types of transformer for their 
distribution substations. Other power transformer needs, particularly those for generation 
step up (e.g., 21 kV to 345 kV) and transmission switching stations (345 kV to 230 kV) 
are evaluated and ordered on a custom or small-lot basis, carefully optimized for each 
specific application. 

That said, planners should realize that the basic idea of the selection method given in 
Chapter 11 and here is completely valid. Planners need to evaluate all costs on a PW 
basis over the unit’s lifetime. That is still the foundation of transformer evaluation. But 
this is applied, however, on an individual basis to each situation, each case being perhaps 
a bit different. In addition to basic factors of initial costs, no-load and load related costs, 
and maintenance needs, there are many more technical questions relating to exact design 
of the units involved. These include the actual core size; the type, size, and nature of the 
radiators and pumps as seen in the unit’s peaking capability; the design and sealing from 
ambient conditions; the radiated noise; the unit’s tolerance for and ability to filter 
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Table 12.10 One-Page Summary of Chapter 12 


A major goal of distribution planning is “covering ground” at low cost. Need for adequate voltage 
drop performance over distance is as critical as achieving good lifetime economy of conductor usage 
on a per-mile basis. 


The essence of good strategic primary-feeder level planning is to select a primary voltage level, a 
line type set and an overall distribution system layout including substation spacing, that are naturally 
compatible with the power distribution needs of the area being served. 


Planners forfeit efficiency and performance if they do not arrange their system to all of its 
equipment’s capabilities. 


The ideal set of conductors and cable guidelines usually includes from three to six OH conductors 
and 2-4 cable types, and also covers usage of single- and two-phase segments. It provides planners 
with a likely prospect of achieving three goals simultaneously: 


1. A good economy of use on a per mile basis 

2. Satisfactory load reach — adequate voltage performance to meet system needs 

3. Ease of planning — few situations that require extensive study of deviations from guidelines 
A model of the overall “best performance” of a feeder conductor set can be developed as a guide 
for strategic studies. It includes Y-intercept representing the minimum cost to build a mile of feeder, a 
“linear range” of loads over which the variable cost nse linearly with loading, to about 3-5 times the 


fixed cost and an exponential range above that linear range, where the conductor set is much less 
effective and costs rise quickly. 


Primary voltage affects the performance of a conductor set. The Y-intercept varies roughly as the 
cube root of voltage level. The width of the linear range and economic load reach are both very nearly 
exactly proportional to the primary voltage level. The slope of the variable cost (linear range) is 
roughly inversely proportional to voltage level. 


“Long reach” guideline tables can be developed to most economically fit situations where the 
economic reach does not provide the needed power distribution distance. 


Review Loading Guidelines Every Five Years. The effort involved is not substantial and the payoff 
from even mild fine-tuning of guidelines more than repays the effort. 


Good manzgement of the interaction between covtingenc: planning and ioading guideline 
design boils down to assuring that contingency needs do not dictate the normal loading guidelines. 


Key aspects of the actual conductor set design are, in order of importance: 
a. A small set of conductors — from three to six — that cover the range of loadings needed 
. Similarly, a small set of cable sizes for UG application 
Sufficient economic voltage reach 
Minimal cost per mile subject to achieving (a) and (b) 
Single- and two-phase line types included with loadings optimized for low cost at low load 
Low fixed cost, particularly for single-phase and low-load lines 
Thermal capability far beyond the linear range for the largest available conductor 


rR moo Oo 


Focus and compromise in favor of capability for large conductor and economy for small 


Electronic spreadsheet analysis is all that is required to perform conductor guideline and load reach 
design to near-optimal levels. 
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harmonic power; its impedance/fault duty and its ability to survive repeated through- 
faults; its expected availability and reliability in service; and often its physical size and 
weight and how they fit constraints on moving the unit to the site. And, as much more 
expensive, often key elements of the system, these larger units justify the additional 
engineering evaluation and study needed to address such questions comprehensively on a 
custom basis. 


12.7 CONCLUSION 


Line segments and transformers are the building blocks of the distribution system. They are 
available in a variety of styles, voltage levels, conductor types, phases, and sizes, with 
capacities and reaches that vary from very small to quite large. Distribution planners 
interested in achieving overall economical distribution line want to make certain they have 
a good set of conductors from which to choose and that they apply correct economic 
evaluation to select the best line type for each segment in their system while providing for 
sufficient voltage-drop performance to meet their system needs. This alone does not 
guarantee sound and economical distribution system design, but it is a necessary start — 


without the right parts, the whole apparatus can never be assembled. 
able 12.10] provides a one-page summary of key points covered in this chapter. 
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Distribution Feeder Layout 


13.1 INTRODUCTION 


This is the third of nine chapters addressing distribution system layout and planning. A 
distribution system’s feeder level routes power from a relatively few utility sources 
(substations) to many points (service transformers), each only a short distance from the 
consumers it serves. From nearly any perspective — function, performance, reliability, or 
cost — this level is the most important level of distribution system, performing the majority 
of both the power transmission (MW x mile of power delivery needed) and distribution 
(subdivision of “bulk power” into “consumer size” amounts). 

The feeder level is composed of individual feeder circuits, each a “neighborhood size” 
system operating at “primary voltage” — nominal voltages in the range 2.4 to 19.9 kV 
phase-to-ground (4.16-34.5 kV phase-to-phase). Each circuit is a collection of 
interconnected line segments, of the type discussed in Chapter 11] each segment loaded 
within guidelines (Chapter 12) and assembled into a single circuit according to layout 
guidelines and principles discussed in this chapter. Groups of feeders together compose 
substation service areas, which cumulatively make up the distribution system as a whole. 
Techniques to address those multi-feeder considerations well and maximize 
performance/cost of the entire feeder level will be covered in (Chapters 14]and 

This chapter begins with a look at feeder circuits, their mission, characteristics, and the 
constraints that shape their design, in section 13.2. Section 13.3 looks at layout of radial and 
loop feeders, including types of design and configuration, the different approaches to feeder 
routing, the use of single or dual voltages, and other matters in planning the physical nature 
of these circuits. 


13.2 THE FEEDER SYSTEM 
Mission and Goals 


The mission of the feeder system is to distribute power from a few system sources 
(substations) to many service transformers, that are scattered throughout the service 
territory, always in close proximity to the customer. It must accomplish this mission 
while achieving adequate performance in three categories: 


Economy - While meeting other goals, the total cost must be kept as low as 
possible. 


449 
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Electrical - The system must be able to deliver the power required by all 
customers. 


Service quality - Reliability of service must be very high, and voltage and 
quality of the power delivered must be satisfactory. 


Substations and Feeders 


Generally, this mission is accomplished while meeting these goals by distributing power 
from a number of substations strategically located throughout the utility service territory, as 
shown in Figure 13.1. Power is brought to these substations by the transmission- 
subtransmission system (not shown) at transmission voltages somewhere between 34.5 kV 
to 230 kV. In turn, that power is lowered in voltage to a primary distribution voltage 
(generally somewhere between 2.2 kV and 35 kV) selected as appropriate for the service 
area and load density and typically routed onto between two and twelve feeders that serve 
the area surrounding the substation. 

A feeder is an electrical distribution circuit fed from a single source point (breaker or 
fuse) at the substation. It operates at the primary distribution voltage and disseminates 
power through a portion of the substation’s assigned service area which is its feeder service 
area. There are several basic types of feeders and feeder systems, including radial, loop, 
and network, the characteristics, advantages, and disadvantages of which will be discussed 
later in this chapter. Together, the feeders emanating from a substation form that 
substation’s feeder set, the circuit system that must serve all the load and cover all the 
territory assigned to that particular substation. 


Two Miles 


——==_——————————— 
C2 substation 
——feeder 
substation area 
boundary 


Figure 13.1 Distribution of electric power is accomplished from a set of substations (squares) which, 
together, must cover distribution needs for the service territory. Feeders (lines) emanate from each 
substation, distributing power within their own service areas. Although planners attempt to locate a 
substation near the center of its territory and load, occasionally circumstances force situations like that 
for the substation at the far left in this diagram, which sits on the edge of the area it must serve. 
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Central location for the substation 


Usually, planners try to locate a substation near the center of the load or service area it will 
service, or put another way, they try to arrange the feeder system so that the substation 
serves the distribution needs of the area all around it. Thus, the feeders emanate from that 
central site in all directions, as is shown for most of the substations in There is 
considerable electrical, economic, and reliability incentive for a location near the center of 
the load served, as will be discussed in and {7.] However, there are unusual 
situations forced on planners by constraints of geography, unusual circumstances, or just 
plain poor planning done in the past which cause exceptions to this rule, as illustrated by the 
substation on the extreme left in Figure 13.1, which is on the edge of its service territory 
due to geographic constraints. 


Feeders must reach between substations 


The feeder line types and loading criteria used in the design of the feeder system must be 
able to move power reliably, economically, and within engineering criteria (loading, 
voltage drop) to all locations between the substations. Thus, the fewer and farther apart the 
substations planned for a system, the greater the load reach needed by feeders to accomplish 
their part of the delivery function. (The interaction of substation spacing and feeder reach 
economics is examined in Chapters 16 and 17.) 


Contiguous, exclusive service areas 


In most types of distribution systems, both the feeders and the substations have contiguous 
and exclusive service areas — each feeder and each substation serves a single connected area 
for which it is the sole source of electric power (except for DG) in that area. There are only 
rare exceptions to this rule, and they fall most often into the category of “planning 
mistakes” — situations forced on planners by circumstances which where not foreseen and 
which, in hindsight, they wish could have been corrected. Thus, by design the goal for most 
distribution system planning is to lay out substations and feeders so that all have exclusive, 
contiguous service areas. 

The exceptions are cable feeder systems built in downtown areas, where convenience 
occasionally leads to alternating customer pickup, ara distribution networks, either primary 
voltage feeder networks or interlaced feeder/secondary networks, that require overlapping 
feeders. Such systems are generally more expensive but more reliable than standard types 
of loop or radial distribution design. 


A majority of the load is relatively far from the substation 


Substation service areas tend to be vaguely circular in shape (as illustrated in Figure 13.1) 
with a substation's feeders each serving roughly triangular “slices” within that. This 
geometry means that a majority of the substation's load, and of each feeder's load, is located 
closer to the service area boundary than the substation, as shown in The 
feeders for any particular substation will have to carry more than half of that substation's 
load more than half of the distance to its boundary with other substation service areas. 


Power must be delivered to the proximity of the customer 


A feeder system routes power to various locations where it feeds the service transformers 
that reduce power to utilization voltage and then route that power to individual customers. 
Depending on the utilization voltage, equipment specifications, and type of layout used, the 
service level is limited to a distance of between 50 and 200 yards over which it can 
effectively and economically deliver power. Therefore, there must be a service transformers 
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N Two Miles 


Ga Feeder area 


ubstation area 


from substation 


Distribution of load 
as a function of distance 


o 
~~ 
te 


Figure 13.2. Most of the load in a substation or feeder area is “more than halfway” from the 
substation to the service area boundary. At the left is a theoretical substation area with a radius of two 
miles (equivalent to four mile substation spacing) and the area served by one of six feeders, typical of 
12.47 kV systems in many urban utilities. Given a load density of four MW per square mile, the 
substation would serve 50 MW, only one-quarter of which is within one mile of the substation. 


One hundred yards 


Customer 

customer’s service point 

ao jut-—~ radius of service , 
PI Pa level power transmission 


ervice transformer 


Figure 13.3 The feeder system must deliver power to the service transformers (black squares), which 
are each within a short distance, in this case 75 yards (radius of dotted circles), of the customers' 
service points. Therefore, whatever feeder is to serve this small group of customers must be routed to 
reach a!! four service transformers shown above. 


Two Miles 


Figure 13.4 Feeders typically branch repeatedly on their way from the substation (the source) to the 
customers (many loads). Line capacity is typically “tapered” as shown (line width indicates line size). 
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within 50 to 200 yards of every customer, and the feeders must reach each of these along 


their routes, as shown in Service level equipment capability, layout, and 
Chapter 19}) 


planning will be discussed more fully in 
Branching and splitting structure 


To cover its service area so that primary-level delivery reaches sufficiently close to all 
customers, the feeder system typically splits its routes many times, in what is often called a 
dendrillic configuration, as illustrated by the feeder drawn in The electrical 
flow pathways split in order to route ever-smaller portions of power to ever-smaller groups 
of customers, until finally each route of power flows to only one or a handful of customers, 
all served by the same service transformer. 

There are various design guidelines on how branching is best accomplished, which will 
be covered later in this chapter. Often, several of the major branches, or the trunk, will have 
closed switches enroute and an open tie switch at the end, so part of the load can be 
transferred to neighboring substations. Regardless, a feeder consists of a single route 
leaving the substation, which branches and re-branches, gradually splitting the power flow 
into more but smaller-capacity routes for delivery as power moves from the substation to 
the customer. 


D = (JAX] + JAY]) works better than D =\/ AX°+A Y° 


Feeders generally follow roads, highways, and property boundaries. This means their 
routing usually is restricted to a rectangular grid, as shown in where the 
feeder's line segments are constrained to a rectangular pattern of roads and streets (not 
shown). As a result, the straight-line distance between two locations, computed by the 
Euclidean metric 


Distance = (AX°+AY%) 


is seldom a good estimate of the length of feeder needed. A much more useful distance 
measure for distribution planning is the Lebesgue I metric, Distance = |AX| + |AY| (often 
called the taxicab trave! distance measure), which gives a reliable, quick estimate of feeder 
routing length. This metric measures the distance through a grid of streets which a taxicab, 
or a feeder, must take from one point to another when restricted to moving along the streets. 

One important aspect of distribution planning that this distance measure highlights is 
illustrated in Figure 13.5 — there are usually many different routes, all the same shortest 
distance, between a substation and a particular customer or service point. When feeder 
routes are restricted to a grid, as they usually are, any route that takes the same cumulative 
X and Y total will have the same length (and hence roughly the same cost, exclusive of 
other factors). This creates both a planning challenge (because there are so many paths from 
which to choose), and a planning opportunity (one or the other of these paths may help 
achieve other objectives such as improved esthetics, reliability, etc.). 

Recognition of this reality of feeder routing changes the actual feeder route length 
distribution developed from Euclidean assumptions) in to that given in Fan 
As shown, when interpreted with this distance metric, it becomes clear that the feeder 
system will have to move power up to about .75 times the distance between substations in 
the system. Furthermore, the average distance power is moved is very nearly equal to half 
the distance between the substations. This is a general rule of thumb that applies to nearly 
all feeder systems. 
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Figure 13.5 When restricted to routing feeders along a grid of streets or property lines, distribution 
planners find many “shortest routes” from one point to another. The three routes shown above, plus 
many more that could be arranged in this grid, have the same total length, and hence very similar cost. 


Distribution of load 
as a function of distance 
from substation 


Miles 


Figure 13.6 Distribution of distances is affected by the realities of rectangular routing for feeders. 
Shown here are the theoretical distribution of minimum feeder mn lengths in the pie-slice-shaped 
feeder area from (solid line), as well as the average of 36 actual feeders in a 12.47 kV 
distribution system with an average 3.93 miles between substations, 6.1 feeders per substation, and 
48.6 MW/substation peak load (dotted line). 
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Most feeders are the same “size” 


Most feeders are planned by starting with the premise that the main trunk (the initial 
segment out of the substation, through which all of the power is routed) will be the largest 
economical conductor in the conductor set. The feeder layout is arranged so this segment 
picks up enough load for its peak load to fall somewhere in the middle or upper half of that 
largest conductor's economical range. Using the six conductors listed in Chapter 14 

as a conductor set would mean selecting 636 MCM conductor, with a target loading in 
the vicinity of 6.4 MW, halfway between 5.1 and 7.8 MW.’ Thus, all feeders in a power 
system are somewhat the same “size” in terms of capacity and loading. 

Targeting peak loads at the upper end of the linear economical range, and using the 
largest economical conductor in the set as the main trunk assures not only the economical 
performance of the main feeder trunk, but also that there will be smaller conductor 
available to maintain that economy with “conductor tapering” as branches split off and 
load levels fall as the routes extend far from the substation (see [Figure 13.4). 
Theoretically, the same overall feeder costs should be obtainable with more but smaller 
feeders, since the costs discussed in Chapter 12 are rather linear with loading. However, 
in practice the greater number of feeders would require more routes and rights of way 
(and hence have a higher esthetic impact), and they would require more substation 
buswork and breakers, adding to cost. 


Radial, Loop, and Network Feeder Arrangements 
Radial feeders — a single path 


More than 80% of all distribution worldwide is accomplished using radial feeder systems, 
in which there is only one path between any customer and the substation left). 
In some cases radial feeders are designed and built as fixed radial circuits, but in a majority 
of cases the feeder system is physically constructed as a network (many paths from many 
sources), but is operated radially by opening switches at strategic points to impose a radial 
flow pattern. (In Y-connected radial systems, the neutral conductor is connected through all 
open switch points, thus forming a network connecting feeders and substations.) 

Radial circuits are almost always both the least expensive type of distribution system 
and the easiest to analyze and operate. Both low cost and simplicity of analysis and 
operation made radial systems popular in the beginning of the electric era, before 
computerization made analysis of complex circuit behavior reliable and inexpensive. This 
early popularity helped institutionalize radial circuit design as the way to build distribution. 
Although simplicity of analysis is no longer a major concern, low cost continues to make 
radial circuits the choice for more than 90% of all new distribution construction. 

The major drawback to radial circuit arrangement is reliability. Any equipment failure 
will interrupt service to all customers downstream from it. On average, failure of a segment 
on a feeder will interrupt service to about half of the customers it serves. 


Loop feeders — two paths 


Distribution can also be built and operated as loop feeder circuits in which the power flows 
into each “end” of a feeder and moves outward to customers, there being a “null point” 
somewhere on the loop where no power passes (Figure 13.7, middle). This is basically a 
“dynamic” radial circuit, with the open point (null point) shifting as loads change. When 
built and protected properly, it can provide very high levels of customer reliability — any 


The 1113 MCM line in that table is reserved for special circumstances (see|Chapters 1 1/and 12). 
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Radial feeders Loop feeders Feeder Network 
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Figure 13.7 Three types of feeder, each serving roughly three square miles. Left, a radial feeder has 
only one path from the substation to any load point. Line thickness represents relative line capacity. 
Middle, a dual-voltage loop feeder, broad lines indicating the high voltage loop, circles the high-to- 
low voltage transformers, and thinner lines the lower voltage loops, all operated as closed loops. 
Right, three feeders connected as a network so that loss of any one causes no interruption of service. 


equipment failure causes interruption to only a small group of customers and on average 
two simultaneous failures result in interruption of service to only 1/4 of the customers. 

Generally, loop feeder systems cost about 20% (UG) to 50% more (OH) than radial 
systems. They are slightly more complicated to analyze and operate than radial circuits.” 
Sometimes loop feeder systems are operated as open loop systems, with an open switch 
near the middle of the loop, in which case they are basically radial circuits. 


Feeder networks — many paths 


Feeder networks consist of groups of feeders interconnected so that there is always more 
than one path between any two points in the feeder network (Figure 13.7, right). If designed 
with sufficient capacity and protection throughout, a feeder network can provide very high 
levels of customer reliability: the loss of any segment or source will not interrupt the flow 
of power to any customers, and multiple failures can occur with little or no interruption. 
Among their disadvantages, feeder networks cost considerably more than radial systems, 
usually 33 to 50% more in UG construction and 100 to 150% more in overhead 
construction, and they require much more complicated analysis and operating procedures. 
They also require more expensive protective devices and coordination schemes. 


“Normal,” Urban,” and “Rural” Distribution Feeder Categories 


The essence of the distribution system perspective outlined in[Chapters 9] through|12] can be 
summarized in this manner: If line and equipment types and sizes, primary voltage level, 
and feeder layout styles are selected properly, and if design standards have taken into 
account the electrical and economic interaction of distribution with other levels of the 
power system, then it is possible to lay out a “naturally compatible” feeder system in which 
lines and equipment can be defined on the basis of maximum per mile economy alone, with 
few capacity or voltage drop limitations interfering with achieving this goal. 


* At the time of this writing (2003) computer programs to analyze voltage drop, loading, and fault 
behavior in closed loop and network systems have become almost standard features in commercial 
"radial distribution" analysis packages. 
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It is possible to specify distribution system line type conductor sets; select primary 
voltage; determine the substation spacing, number of feeders, and their layouts; and define 
the other design variables in a distribution system so that over a very wide range of 
situations, neither capacity nor voltage drop limitations inhibit the economical design of the 
system. The author characterizes this very wide range of situations as constituting the 
“normal” category of distribution planning circumstances. But in dense urban areas, 
distribution systems are dominated by capacity limitations. Here, even the highest primary 
voltage with the largest possible conductor (1354 MCM, 34.5 kV) may not have enough 
capacity to serve less than two square miles, even though it can move its full thermal rating 
(= 70 MW) nearly 12 miles before encountering range A voltage drop limits. No amount of 
care in selection, no amount of skill and innovation in design can overcome the fact that in 
“urban areas” capacity limitation dominates the design of the distribution system. On the 
other hand, voltage drop is seldom if ever an issue in such planning. 

At the other end of the distribution scale, in sparsely populated rural areas, voltage drop 
dominates the considerations which the planner must overcome. Here, load density is orders 
of magnitude lower than in urban areas, but the distances between nearest customers are 
often dozens of miles. A single feeder may have to distribute power over more than 1,000 
square miles. Even so, few feeders ever run up against capacity constraints, but few fail to 
encounter severe voltage drop as a result of moving small amounts of power dozens of 
miles. 


Poor Strategic 


Planning 


Always 


Capacity Limitations Constrain Design 


Never 


Never Always 
Voltage Drop Constrains Design 


Figure 13.8 Planning situations with respect to feeder layout fall into one of three categories 
depending on the constraints dominating the distribution planner's freedom of design. In urban areas 
capacity versus load limitations drive design considerations and prohibit many standard practices. In 
tural areas capacity is seldom the limitation in achieving further cost reduction, but voltage drop is. 
“Normal” situations are those where careful selection of distribution equipment, voltage, and sites can 
balance design tradeoffs so that neither unduly limits the planner in achieving economy of design. 
There should be no situations where both capacity and voltage drop constraints cannot be overcome. 
Such situations develop due to poor strategic distnbution planning. 


Copyright © 2004 by Marcel Dekker, Inc. 


458 Chapter 13 


Thus, these categorizations have nothing to do with geography, load density, or type of 
system built per se. Instead, they are based upon differing relationships and constraints that 
affect distribution system layout, economics, and decision-making in each category — of 
what type of situation confronts the planner in laying out the distribution system and 
achieving satisfactory performance from both cost and customer standpoints. Normal, 
urban, and rural categories each present the planner with a uniquely different framework of 
economic and electrical interactions, natural physical limitations, and design tradeoffs, as 
illustrated in The “rules” are different in each of these three categories. 


Underground feeder layout in urban areas 


The highest load density and the most restrictive limitations on feeder layout occur 
simultaneously in the central cores of major cities. For a variety of reasons, distribution 
systems and distribution planning in these areas are quite different than in other types of 
situations. Load densities routinely exceed 60 MW per square mile and occasionally reach 
100 MW per square mile, and all electrical equipment must be kept underground. In many 
cases, utilities will choose to serve these areas using feeder networks, of which there are 
many types and variations of design. However, radial circuits are used extensively in urban 
areas, and the author's experience is that radial, loop, and network feeder systems all 
provide satisfactory performance and economy if well designed, constructed, and operated, 
even at load densities exceeding 100 MW/square mile. 

Underground feeder system design is generally much more expensive than typical 
overhead construction, particularly in the core of large cities, where feeder circuits 
including laterals must always be enclosed in duct banks routed under streets. Direct burial 
of cable in a dense urban area is simply not an option, for a number of reasons. To begin 
with, underground is surprisingly densely populated with pedestrian walkways, as well as 
water, sewer, storm-drain, phone, steam, data-com, and other utility systems in addition to 
electrical. There really isn't a lot of room. The electrical utility must stake its claim to the 
routes and space allocated to it with its own duct banks. Second, duct banks are needed to 
protect underground cable from the constant dig-ins of other utilities, stress from settling, 
and heat and moisture which abound in this environment.’ Third, digging into the street in 
an urban area, as would be required occasionally for either new additions or repairs of direct 
buried cable, is very expensive. Municipal governments discourage such activity, for it 
disrupts traffic and generally creates an esthetic nuisance. Such work requires permits 
(which are often not immediately forthcoming) and tight control of construction schedules. 
Traffic control and other requirements add to cost, as does digging around all those other 
utilities. Even routine maintenance and repair often takes much longer than for overhead 
lines in less restricted areas. 

Thus, electric utilities have no choice but to use duct banks and cable vaults to create 
their own “cable tunnel system” under the streets in dense urban areas. Duct bank 
construction costs, in addition to other ones unique to urban UG construction, create a 
unique economic situation, dominated by construction cost of the duct bank (see Chapter 
11, Figure 11.2}. While there is still a linearity of scale to the economics of UG feeder 
planning, as there is OH feeder planning, it is minor compared to the fixed cost of building 


3 In several downtown areas, there have been recorded failures of underground cable due to 
overheating caused by running too close to steam pipes. 


* One utility on the US Atlantic coast has experienced an average 73 hours time-until-repair on its 
urban UG feeder system, roughly 60% of which is due to the arrangements and scheduling that must 
be done for permits, arranging for traffic control, etc. 
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the duct bank. On the other hand, given duct banks are in place and space is available, cost 
is much lower, and the economic decisions to build and size a feeder are roughly similar to 
those involved in overhead distribution planning. 

Other characteristics in underground urban areas also heavily influence design and 
planning. To begin with, many more feeders can be routed down a street than in an 
overhead area — since the lines are out of sight, if duct_ space can be arranged, four, six, or 
even eight circuits can run parallel along one route (see Figure 13.9) 

Second, the individual loads are very large — there are portions of some larger cities 
where no load served off the primary system is less than 1 MW. Almost all customers are 
served with three-phase power — single-phase loads and construction are the exception in 
these downtown areas. As a result, a feeder may have only a dozen or fewer loads, but all of 
them very large. 

In addition, feeder lengths are short compared to distribution in other areas. At 60 MW 
per square mile, even 34.5 kV feeders can serve only slightly more than 1/2 square mile. 
Feeders at less than 15 kV often have a total length of less than 1/2 mile (see Figure 13.9) 
and rarely go more than a mile. Substations serving such areas generally are of very large 
capacity compared to the average substation in the utility system as a whole, and typically 
this means there are a lot of feeders emanating from this urban-core substation. Urban 
distribution substations can have as much as 475 MW capacity, with a peak load of 400 
MW served by more than 40 feeders. 

Finally, branching of underground cable (providing for “T” or “X” connections of 
paths), while possible, is not as simple or as inexpensive as in overhead lines. In overhead 
construction, the branch conductors are simply clamped to the trunk conductors using 
inexpensive and reliable hardware. “‘T”’ or “X”’ connections in underground systems require 
a cable vault and special terminators, equipment, and splicing, all of which not only cost 
money and take time and care, but often become reliability weak points. Thus, distribution 
layout in an underground urban area has the following characteristics: 


Capacity limits design. Voltage drop and losses cost are seldom a major 
concern — feeder runs are too short to produce substantial voltage drops and 
losses costs. Capacity/load dominates design. 


Layout is restricted to the street grid. Laterais and paths through blocks are 
not available. Feeders must follow streets. Service entrances (from under the 
street) are through the block face. 


Loads are large and invariably three-phase. In extreme cases, a single load 
can absorb the entire capacity of a feeder. 


Fixed cost is very high. Doubling the capacity of a feeder may increase cost 
by only 5%. 


The cost of capacity shortfall is extremely high. Often new ducts and cables 
simply cannot be added. Other times, municipal restrictions or codes may 
limit the utility to major construction in an area only once every five years, 
etc. As a result, making sudden changes to accommodate unexpected load 
growth is simply not possible. 


Reliability requirements are above average. The generally accepted notion is 
that large commercial buildings have a higher than average demand for 
reliability of service. Value-based planning studies tend to support this 
conclusion. 
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One half mile 


Figure 13.9 Underground distribution in many downtown areas has the characteristics shown here: 
short feeder runs; only a few service points per feeder; loop configuration (in this illustration, closed 
loops); many feeders in parallel under a street; winding routes for individual feeders; adjacent 
customers served by different feeders. Lightly shaded rectangles represent city blocks; small squares, 


customer service points; the large square, the substation; and dark lines the various loop circuits. 
There are a total of five. 


Old, with additions New, as reconfigured 


Figure 13.10 A portion of the urban area shown in Figure 13.9 with only two of the original feeder 
loops shown. Left, the original form of the two loop circuits, along with new cable segments added by 
the distribution planners (dashed lines). The two loops and the new segments are reconfigured, as 
shown at the right, into three loop circuits. 
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Repairs can require a day or more. Even with duct banks in place, repairs to 
underground cables can proceed slowly. Outages, when they occur, tend to 
last a minimum of several hours. 


For these reasons, UG practice at many distribution utilities includes several common 
adaptations to work within these design constraints. 


Loop feeders are the rule, rather than the exception, for three reasons. First, 
the number of customers per feeder is generally small. Second, branching is 
relatively more expensive to arrange, and with distances short, a “winding 
route” through the few customer service points, as shown by several of the 
circuits in is preferred. Third, the loop feeder, operated as an 
open loop, provides contingency backup with quick restoration. Operated as a 
closed loop, it provides better reliability that any radial circuit. 


Maximum size cable is often installed everywhere. The cost to build a small 
duct bank — with six spaces — is nearly the same as to build a larger one with 
12 or more spaces — both require the same permits, tearing up of the street, 
trenching, back-filling, etc. In addition, the cost to purchase and install large 
cable is not relatively more than for small cable. On the other hand, the cost of 
running short of capacity in an underground system is significant — additions 
and new construction are often simply out of the question. As a result, policy 
at many utilities is always to build the greatest capacity possible whenever 
underground construction is performed. 


Very grid-like planning. The layout and planning of the UG downtown feeder 
system itself is very grid-like in many respects, even if it is a radial or loop 
system. Expansion is often done by reinforcing only selected segments and 
re-arranging connections to reconfigure the network, as shown in 

which has more in common with the way actual networks are planned 
and expanded than with overhead radial systems. 


In many cases, all of the reasons cited above motivate a utility to use a feeder network. 
The major cost increase in moving io network design is in protection, and the major gains 
are both improved reliability and improved planning robustness — networks are expanded 
by making continual small (often simultaneous) additions, not feeder additions. Regardless, 
underground urban systems are the most expensive type of power distribution, fulfilling the 
most difficult distribution task ~ delivering very high load densities at high reliability while 
keeping completely out of sight. 


Feeder layout in rural areas 


Sparsely populated areas present special challenges to distribution planners (See Chapters 
18 and 20 in Willis, 2002). Customers are far apart, load density is low, distances are great. 
Generally, routing is as restricted as it is in urban and suburban areas: to either a grid of 
roads in agricultural areas (plains and similar terrain) or to following valley, canyon, river, 
or lakeside roads in areas dominated by mountains, water, or other similar geographic 
features. Either way a feeder in a rural area is dominated not by capacity but by load reach 
considerations dictated by voltage drop. 

Even a “densely populated” rural area may have a load density far less than that of a 
“sparse” suburban area. Farming country with 160-acre (one-fourth square mile) farms 
would have a load density of about 40-75 kW per square mile. This compares to the low 
end of suburban load densities of 2,000 kW per square mile. In addition, there would be 
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only a handful of customer connections — no more than a half dozen — per square mile, as 
opposed to roughly 500 per square mile in suburban/urban areas. Even more sparsely 
populated regions, particularly ranch and farm country, in regions where rainfall is limited 
(and thus relatively many acres are required for any type of productive agricultural activity) 
can have load densities less than one-tenth watt per acre (this is equivalent to one farm 
household every ten miles). 

Rural distribution design is dominated by the requirement to move power many times 
farther than the economic reach of most voltage/conductor combinations and to deliver it 
to customer locations that are widely separated. Other aspects of rural distribution worth 
noting are: 


Rural distribution systems often are not profitable. In many rural planning 
situations, a normal business case could never be made for the required 
investment based on the expected revenue (hence the reason many 
governments provided electric service or special financial arrangements, such 
as the Rural Electric Authority in the United States). Rural service in very 
sparsely populated areas is the “loss leader” part of a utility's obligation to 
serve its franchise area. Strict cost control and some deviation from preferred 
levels of voltage drop and regulation are the order of the day. 


Voltage drop limits design. Voltage drop is the major limitation on which 
planners must focus. “Running out of conductor capacity” seldom is a 
concern and is relatively easy to fix. 


Losses costs are high. Moving relatively small amounts of power over long 
distances results in losses which are high in proportion to the amount of 
power delivered. 


Layout and customers are restricted to the road grid. Laterals and paths off 
road are often available, but can present repair access problems and usually 
serve little purpose anyway. Most customers are located some distance off the 
road, and a utility will run primary across their property to a transformer 
located near their demand({s). 


Loads vary from very small single-phase to medium sized three-phase. Some 
loads are so small they require no more than a 3 kVA service transformer. 
Occasionally, oil pump or water pump motors may require substantial 
amounts of three-phase power. 


Distances are tremendous. The longest rural feeder the author has personally 
seen is 115 miles long (25 kV), while the longest single-phase “lateral” was 
86 miles (66 kV). 


The cost of construction and capacity upgrade is relatively low. Costs for new 
construction, upgrades, and maintenance of distribution are invariably lower 
for rural utilities. There are a number of reasons, but in general costs are less 
than half of those in suburban/urban areas, and as little as one-tenth of those 
in downtown urban cores. 


Reliability requirements are below average. Generally, homeowners and 
businesses alike accept that locating in a remote or sparsely populated area 
means they will have to accept electric service that is less dependable than in 
urban and suburban settings. 


Copyright © 2004 by Marcel Dekker, Inc. 


Distribution Feeder Layout . 463 


Generally, best practice for rural distribution follows two principles. The first is the 
application of a higher voltage than is typically used in urban and suburban distribution, in 
order to buy the very long load reach higher voltages provide. As was discussed in|Chaptey 
[12]at any constant load level a 25 kV feeder can move the same amount of power with the 
same percent voltage drop four times as far as a 12.5 kV feeder. Voltages of 25 kV, 34.5kV, 
and in an extreme case 66 kV have been used in rural distribution where extreme distances 
must be covered with relatively small loadings. 

Second is the use of single-phase “feeders.” It is not uncommon for distribution in a 
rural area to follow the scheme shown in Figure 13.11. The substation shown consists of 4.5 
MVA transformer capacity (consisting of four 1.5 MVA single-phase transformers, three 
connected for service and one spare as contingency reserve against the failure of any of the 
other three) and serves only one feeder. This feeder's three phases split within a short 
distance of leaving the substation, with each phase following a completely different route, 
covering a separate contiguous service territory, the three serving over one hundred square 
miles. 

Using single- rather than three-phase lines reduces both the amount of power and the 
reach that a particular voltage/conductor can deliver. However, in most rural feeder cases 
the amount of power is seldom a constraint and long load reach is obtained via relatively 
light loading and high primary voltage. The resulting single-phase construction has a lower 
capital cost than three-phase (using large conductor in combination with single-phase, 
crossarmless construction usually is much less expensive than building three-phase 
crossarm structures and using small conductor). 

shows an economic conductor sizing table developed for rural application at 
25 kV, following the principles and logic and using the conductors discussed inf Chapters 11 
and 12, for a designed load reach of 21 miles (sufficient when working within a grid 
(Lebesgue distance measure) for a system with up to a 30 mile substation spacing). This 
table shows loading levels for both three-phase and single-phase application. The table 


Figure 13.11 A typical “rural feeder” served by a one-feeder substation provides distribution to a 
small town (two hundred customers) and then splits by phase to distribute single-phase power 
throughout the surrounding one hundred miles. 
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Table 13.1 Conductor Sizing for Rural Application at 25 
kV with a21-Mile Load Reach - MW at 90% PF 


Phases Conductor Minimum Maximum 
3 #2 0 1.1 
3 4/0 1.1 Ze 
3 336 2.3 3.4 
3 636 3.4 4.7 
1 #2 0 50 
1 4/0 50 1.1 
1 336 1.1 1.7 
1 636 1.7 2.4 


assumes the most economic application of each conductor in this situation, and if all 
segments in the feeder are sized according to this table, any point on the feeder within a 21- 
mile distance from the substation will have a voltage drop at peak of no more than the class 
A 7.5% criterion. The author stresses that Table 13.1 has been computed specifically from 
the data and example system in|Chapters 1] and|12] and is not a general recommendation on 
rural conductor types, economical loading levels, or design practices. It is an example of the 
result of the recommended feeder layout procedures covered here and in Chapter 12. In 
general, rural layout using such conductor practices, without installation of line regulators, 
is recommended — line regulators can be added later, as needed, as a way of handling load 
growth. 

Rural feeder planning is otherwise similar to other feeder planning, except that 
contingency support switching in rural feeder design is often not feasible due to the 
distances involved and the fact that often there is no “other feeder” to provide support 
(outages are restored only by repair, not temporary switching). Thus, distribution layout in a 
rural or sparsely populated area has the following characteristics: 


High primary voltages are favored. Primary distribution voltages higher than 13 
kV work best in rural applications, and often 25 kV and above are economically 
the best choice. In extreme cases voltages as high as 66 kV have been used for 
distribution (including “single-phase” feeders). 


“Single-phase feeders” are common. They have the capacity to meet the load, 
particularly if built with relatively large conductor, and can be built without 
crossarm construction, so that they are less expensive than three-phase lines of 
equivalent capacity or load reach. 


Extreme and innovative measures are often used. These include using high 
voltages (up to 66 kV), earth return (normal single-phase construction requires two 
wires — earth-return requires only one), and unusual construction (400 foot spans 
with all steel conductor). ° 


> In some parts of northern Canada, rural distribution is built with steel wire as the conductor (what 
most utilities would use only as guy-wire). Resistance is much higher than with aluminum or ACSR 
conductor, but it does carry current and it can be strung with high tension on very long spans (hence 
fewer poles per mile) and its superior strength/weight ratio means it does not fall from ice loadings 
during winter nearly as often as other conductor. 
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No provision is made for contingency backup of feeders. Installation of switches to 
provide contingency support during outages is usually not part of rural design, 
because there are no other circuits in the area from which to restore power. 


Very branch-like planning. New loads and changes tend to be performed by 
adding branches as needed in what can often be an unplanned sequence. The 
relatively low cost of reinforcement or modification of the feeder, coupled with the 
usually slow growth of rural load, means that many rural feeder systems are not 
planned well from a strategic or engineering sense. This is not necessarily an 
incorrect practice — the effort required is often not justifiable. 


13.3 RADIAL AND LOOP FEEDER LAYOUT 
and show four very different ways that a radial feeder can be laid out to 


serve a set of 162 load points (service transformers) positioned on a rectangular grid of 1/8 
mile spacing (typical of city blocks), within a roughly triangular service area. Although 
slightly idealized, these diagrams represent the major aspects of typical 12.47 kV feeders in 
suburban and urban situations well: At 50 kVA per service transformer, the total load sums 
to 8.1 MW; feeder routes must be routed through a grid; the area covered is about two 
square miles. 

The two designs shown in Figure 13.12 represent two very different schools of thought 
in power distribution feeder layout, both widely used. In each case, the basic design concept 
— big trunk or multi-feeder — is interpreted and applied to the realities of actual geography 
and layout requirements, as illustrated by several examples in Figure 13.12. Roughly equal 
numbers of utilities apply either the “multi-branch” or the “big trunk” scheme to their 
distribution feeder layout, through the use of engineering guidelines and design procedures 
developed in house and through institutionalized tradition that basically boils down to 
“We've always done it that way.” 

It is possible to find distribution planners who vehemently insist that “their” preferred 
style of the two is best, but in truth there is virtually nothing to choose between the two 
feeders shown from the standpoint of basic electrical and economic performance. Both 
feeder layouts have an identical total length in most applications (here equal at 162 
segments of 1/8 mile for a total of 20.25 miles) and an identical maximum feeder run 
(longest length of flow, 24 segments, or 3.00 miles maximum length). Built at 12.47 kV 
from the conductor set developed inf Chapier 14 with every segment sized according to the 
economic principles developed in|Chapter 11|, either layout would provide more than 
satisfactory electrical performance in the instance shown, and the resulting costs of the two 
feeders would be essentially identical.° 

The answer to “which is best?’ lies in secondary factors, which vary from situation to 
situation as well as depend on the priorities of the utility and the planners. The large-trunk 
design is much easier to operate, in the sense that systems laid out with this feeder type 
have fewer switches and more straightforward field restoration schemes. However, 
equivalent amounts of reliability require larger contingency margins. Both feeders require 
only straightforward protection coordination, but the multi-branch design can accommodate 
more secitonalization (smaller areas of isolation) at addition cost, a possible advantage. 


° The two configurations in Figure 13.12, and the two additional alternatives shown in Figure 13.13, 
all have an expected total PW cost including capital, losses, and O&M&T over 30 years that is 
within +1/2% of $1.8 million PW, or about $222 kW of peak load — roughly an annualized cost of 
about $26/year/kW peak. 
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Multi-branch layout 


Big trunk layout 


One Mile bd 


aS 


Figure 13.12 Two different ways of routing line segments to a set of 162 service transformers (dots) 
in a triangular feeder service area. Line thickness indicates segment capacity. Top, a multi-branch 
scheme, a feeder layout where medium size conductor is used in several fairly evenly loaded and sized 
branches fed from a short initial trunk of larger conductor. Short laterals branching off the branches 
provide service. This scheme shows three branches but multi-branch feeders with between two and six 
branches are routinely built. Bottom, a feeder consisting of a single large trunk from which lateral 
segments (the shorter might be single-phase, the longer, three) run to the load. 
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“Feathered” 


Mixed Design 


| One Mile 


Figure 13.13 Two other layouts to reach the 162 service points reached with the feeder designs in 
illustrate the range of feasible alternative configurations that are possible. Top, a 
configuration often referred to as a “feathered” feeder, depicted here in a simple design but in practice 
usually a rather chaotic, unplanned splitting and branching of smaller and smaller wire sizes that “just 
happens.” Bottom, a feeder arranged by the author according to no particular single design approach, 
with with minimum-length flow routes throughout and expected electrical and economic performance 
very nealry identical to those in Figure 13.12. These designs indicate the tremendous flexiblity that 
radial feeder design gives planners, a “resource” that many planners forget to use well. 
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Flexibility of Design 
The major point illustrated by and is that the requirements for 


satisfactory electrical and economical performance of a feeder often leave the distribution 
planner with tremendous flexibility in the exact design of the feeder. This freedom of 
design means there are nearly one thousand workable feeder layouts, built from the 
conductors shown and according to the line sizing recommendations of and 
which are capable of meeting criteria and achieving very nearly “optimal cost” while 
accomplishing the distribution task illustrated in Figure 13.12. Many of these alternatives 
are variations on either the multi-branch or large-trunk design, such as the “feathered” or 
hierarchical branched configuration shown at the top of Figure 13.13, but many others 
really are not identifiable as composed of any one style (bottom of Figure 13.13). However, 
all do the job, and among them are significantly different “ways to lay out” the feeder. 

Three aspects of distribution planning combine to create this tremendous range of 
alternative possibilities: 


Trans-shipment and branching. As highlighted earlier, feeders consist of repeated 
branching and splitting of power — power being routed to two different locations can 
be combined along one route for much of its journey. Given that there are many 
locations and many potential route segments (in Figure 13.12, nearly every element 
of the street grid could be a route segment) this means the planner faces a myriad — 
often literally millions — of possible ways to combine segments and branching into 
feeder plans. 


Grid routing. Restriction to routing along a grid, with its consequent impact on 
route-length comparison (see|Figure 13.5), means that usually there are many routes 


of similar length between any two points. Thus, when those myriad plans discussed 
above are examined on a length-of-route basis (length is usually the major 
determinant of both cost and reliability), there is often little difference — all the plans 
are similar. 


Linearity of cost. A good line type set provides linearity of cost over a wide range of 
loads, as was discussed in Chapters 11 and 12. This means that in many situations 
there is no large economic incentive to “not put ali ycur eggs in one basket” or to do 
the opposite and distribute power through a set of fewer but larger lines. 


As a result, from a cost standpoint alone, there is usually a very wide range of design 
freedom permitted to the distribution planner in laying out new feeders or making a major 
revision through new construction to existing ones in normal categories of distribution 
planning. In most distribution layout situations, many plans, some only slightly different, 
but others varying significantly in the type of feeders to be built, are possible with little if 
any difference in total cost. 


In most feeder planning situations, there are 
many workable plans with similar lowest cost. 


The author is aware that many experienced distribution planners will dispute this 
statement by pointing out that in most design situations it is often difficult enough to find 
even one workable feeder plan. But in most instances these planners are just plain wrong. 
And, invariably, when they are correct about a situation, flexibility has already been traded 
for other criteria beyond basic electrical performance and cost that have been added to the 
requirements for the feeder plan. 
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The next section will discuss “spending” the freedom of design to obtain other goals or 
meet other criteria, but the fact is that, viewed as what could be done and evaluated only on 
the basis of cost and electrical performance, the process of laying out feeders nearly always 
presents planners with a plethora of choices. 


There are usually many “least cost” feeder alternatives. These 
will vary in many aspects, including routing, philosophy of 
design, and so forth, but cost will not be one of them. 


It is worth noting that this multiplicity of possible least-cost plans does not make feeder 
planning any easier. In fact, it makes it very difficult. There are close to one hundred 
thousand apparently workable feeder layouts that can be hypothesized for 
radial configurations that “look like a feeder” and deliver power to each load and meet all 
criteria. Of these, perhaps fifteen thousand are close to optimal and many (but less than a 
thousand) are very close to “least cost.” A planner must find those least cost alternatives 
and determine which one he wants because it maximizes other important concerns. 


“Spending” Design Flexibility on Attributes Other than Cost 


This wide range of possible choices means that the process of feeder planning has two 
aspects. The first is finding one or more designs that. achieve the minimum cost. The 
second is “spending” the cost-irrelevant flexibility of design well, by picking from among 
those many options a plan that maximizes some other feature or performance need. 

There are significant differences between the two layouts shown in Figure 13.12, as 
well as among the many other plans that are possible in that situation, but those differences 
are in areas other than total cost. Depending on which of those differences are most 
important to the planners, they can chose one of the two designs shown in Figure 13.12 or, 
having identified what is important to them, they could go farther by optimizing their 
selection of a feeder plan from among all of those least-cost possibilities, selecting that 
least-cost alternative which maximizes their other criteria of importance. 

Among the areas where the two feeders and other alternatives will differ are esthetics, 
expandability for future load growth, protection and expected reliability of service, and 
contingency support requirements and capability. 


Reliability 


The four feeders in Figures 13.12 and have similar reliability. All have the same 
exposure (line length) and maximum feeder run. If buiit with no sectionalization or 
protection except a breaker at the substation, all will have a similar frequency and duration 
of customer service interruption. The single-path common to all radial systems makes all 
radial feeders quite susceptible to widespread interruptions whenever equipment fails. Thus, 
radial feeders are usually designed with an alternate source/pathway that can be to pick up 
the interrupted load, after only a small delay, until the repairs can be effected. 

The large trunk layout in Figure 13.12 is ideally suited for a “single zone” or loop 
approach to providing such contingency support. By contrast, multi-branch and feathered 
layouts fit into a multi-zone contingency approach. The interaction of these four designs 
with switching, contingency margin, and protection coordination can not be generalized and 
will be discussed in Chapter 4) However, a multi-branch layout can sometimes provide 
more reliability per dollar than the large trunk design, but at the cost of some complexity. 
Regardless, the use of one over the others depends on the efficacy of IT systems (which 
enable the utility to handle complexity) and the reliability performance needed in the feeder 
system. Reliability of these designs will be discussed in more detail in Chapter 14. 
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Esthetics and “beautification” costs 


The big-trunk plan has fewer miles of “main feeder’ (1.5 miles versus 4.0) and a greater 
length of laterals (11.25 versus 8.75), which makes it somewhere between slightly and 
much less esthetically impacting than the multi-branch feeder, depending on the utility's 
standards and construction practices. Often, a utility's design guidelines will call for all 
“main feeder trunks” to be located on the street so that they can be maintained by bucket 
trucks, while laterals are permitted to be built away from the street (e.g., down the middle of 
a block along property lines). Under such conditions, the large trunk style, with only 38% 
as much “main feeder” to run along a street, would have less esthetic impact. 

The large trunk plan would also be less costly whenever applied by utilities who have 
standardized on “esthetic” distribution construction standards. Such standards typically 
specify steel poles or other attractive structures such as post insulator construction for all 
feeder along streets and call for direct burial of all laterals. In such cases the large trunk plan 
shown in is much less expensive than the multi-branch, because it has less 
mileage of “main” feeder requiring those expensive structures, it has more mileage of 
lateral which can be direct buried, and it requires fewer riser poles where OH and UG meet. 


Future load growth 


The multi-branch plan will generally prove the most convenient and least costly of the two 
to expand for future load growth, particularly if the growth is unexpected in the sense that it 
is not included in the original planning. The multi-branch layout permits more design 
flexibility. It has more “main” feeder routes than the large trunk design, which means a 
main feeder branch is more likely to be near any new load. If needed, most of these branch 
routes have less than largest conductor on them, so they can be expanded.’ By contrast, the 
large trunk design requires adding major branches (converted from laterals) to expand 
capability should a large load unexpectedly develop in the area or loads exceed the 
capability of the laterals serving it. bay for growth and expansion of feeders will be 
discussed further nih 1a Chapters 15} [6] and 24} 


13.4 DUAL-VOLTAGE FEEDERS 


Many utilities have two or more different primary distribution voltages in service, usually 
serving different areas of the service territory. Planning and layout of such multi-voltage 
systems will be covered in Chapters 15{17 However, it some cases, either by design or 
accident, a system can end up with individual feeders that are composed of two voltages 
(and the transformation between them somewhere along its trunk). 


European Dual-Volitage Loop Feeders 


illustrates an idealized layout for a dual-voltage loop feeder system, in this 
sass a 33 kV/11 kV system type employed in many locations throughout Europe (in 
. 7| the middle of the three feeders shown is a less idealized depiction of a dual loop 
ee The circuit in Figure 13.14 consists of a 33 kV loop (usually operated closed as a 
closed loop), feeding several packaged substations from which a total of twelve 11 kV 
normally open loops emanate. Such “feeders” are part of a very hierarchical system 
structure widely used in Europe, particularly in underground applications, consisting of 33 
kV loops, each of which feeds several packaged substations, each of which substations 
serves several 11 kV loops, as shown in Figure 13.14. Each of these 11 kV loops serves a 


7 Such upgrades are expensive, but usually less expensive than having to augment the large trunk plan 
in a similar manner. 
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(J 230/33 kV substation 
@ 33/11kV substation 
— 33 kV line 
— 11 kV line 


One Mile 
Ea 


Figure 13.14 Hierarchical voltage loop feeder structure often applied in many areas of Europe, shown 
here in idealized form with 33 kV loop feeding a series of 11 kV loops. The substation would feed 
from 3 to 9 other, similar 33 kV loops. Cost generally exceeds that of multi-branch/multi-zone feeders 
by about 20%, but when operated as closed loops this “feeder” can deliver higher levels of delivery 
availability (customer reliability). 


HB 138/35 kV substation 
35/4kV transformers 

— 35 kV line 

— 4kV line 


One Mile 


Figure 13.15 A dual-voltage feeder in a utility in the northeastern United States is vaguely analogous 
to the European dual loop system. Here, 34.5 kV (broad lines), once used only as subtransmission, is 
now used as direct primary while still feeding five 4.16 kV feeders (thinner lines). Unlike the 
European layout, this feeder provides power to service transformers from both its high and low 
voltages, and was never an intended design but resulted as a contrivance to lower cost — the traditional 
subtransmission (34.5 kV) was used as primary when distribution equipment became available for that 
voltage. 
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handful of large (= 1,000 KVA) service transformers, from each of which emanate one or 
more .416 V (p-p) three-phase service loops that feed the customers. Whether the “system” 
shown in constitutes one “feeder” or a group of feeders depends on one's 
perspective. In some European systems, there are no service transformers connected to the 
33 kV system directly, only 33/11 kV unit substations. This makes the 33 kV analogous to 
the 34.5 kV subtransmission used by many utilities in the U.S. However, in some systems 
large loads (>2 MVA) are served directly from the 33 kV system while it also serves the 11 
kV transformers, and the 33 kV could be considered ‘‘one feeder.”’ 

Regardless, the hierarchical loop style represents a widely used and very successful 
design type. It is simple in concept and very structured in design, a modular paradigm 
making use of standardized unit 33/11 kV substations and modular loop layouts. It is very 
easy to plan, engineer, and build. The author's experience is that these types of circuits work 
well when load densities are urban, costing about what American UG systems cost, but cost 
15-25% more than radial] feeders designed to a multi-zone/multi-branch standard when built 
as OH and at load densities typical to suburban or rural areas. 

Sometimes, a European hierarchical loop system is built to operate with closed loops at 
both the 33 and 11 kV levels, requiring only protective equipment and proper coordination 
for fault isolation of segments from both directions. If this is done well, service reliability, 
particularly SAIFI, is improved. This type of hierarchical-loop layout, operated as closed 
loops, is intermediate, between the standard multi-~branch/multi-zone radial layout and the 
interlaced primary/network secondary layout in terms of both cost and reliability. 


Dual-Voitage Radial Feeders 


Somewhat analogous to the European style dual-voltage loop structure (with one major 
difference) is a concept used in some North American utilities in which “feeders” of a 
relatively high primary voltage feed those with a much lower voltage level. For example, 
the 34.5 kV circuit shown in directly feeds 273 service transformers (1960 
customers with 10.6 MW demand at peak) and provides power to five 4.16 kV feeders 
which in total serve another 315 transformers (1600 customers and 6.4 MW). Many 
examples of such feeders can be found scattered throughout the United States. 

Most of these examples were not planned as dual-voltage feeders in the manner that 
European systems are often intended as such. Instead, they resulted from a conversion of 
34.5 kV, once used exclusively as subtransmission, to a direct primary feed. Many utilities 
eventually find they can realize big savings by serving larger loads from the 34.5 kV 
system, while still using it to do its traditional “subtransmission” job. Regardless, this type 
of dual-voltage feeder can provide good service and it makes little sense to plan the 
retirement of the older, low voltage equipment as long as it is reliable. 

Individual radial feeders that employ two voltages in series can occasionally be found in 
the US and other countries, as diagrammed in Most such feeders occur 
because of unusual circumstances. The particular feeder shown in Figure 13.16 resulted 
from the merger of two utilities with different primary distribution voltages. Shortly 
thereafter, a decision was made to retire (dismantle and remove) an older 22.9 kV 
substation in the first utility system (it was less than two miles from a substation in the 
second of the merged systems). However, it was decided not to re-build one of its lengthy 
rural circuits. Instead, a rack-mounted transformer/regulator set was installed, along with a 
short span of new wire, so that this 22.9 kV rural circuit could be fed from an existing /2.47 
KV feeder in the second utility system. This is a rare instance of an “inverted” dual-voltage 
feeder, which makes no engineering sense unless the unusual circumstances leading to it are 
understood. The design is not a recommended practice for new construction. 
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I 69/12.47 kv substation 
@ 12.47/23kV transformer 

—— 23 kV 

— 12.47 kV 


One Mile 


Figure 13.16 A dual voltage feeder serving 4.5 MW in a largely rural area in the northwestern United 
States consists of a 12.47 kV portion leaving the substation and feeding a 22.9 kV portion, an 
arrangement that makes little sense unless one understands the history that led to it. The 22.9 and 
12.47 kV portions intersect (with no connection) at several points and even parallel one another for 
nearly 1/2 mile. Portions of the feeder that have a twisting, erratic routing (right-hand side) follow the 
bank of a meandering river. 


Economics of Dual-Voltage Feeders 


Selection and application of various voltage levels is much more a factor of system rather 
than individual feeder considerations in that the choices of voltage(s) interrelate with the 
electzical/economic performance of more than just the distribution. These interrelationships 
are explored in Within a somewhat narrower scope, however, the impact of 
voltage selection at the feeder level can be planned where appropriate to select dual 
voltages, their impact estimated using the linearized cost-versus-load models for feeder 
segments and transformers as Cserpsed inkChapers 1 and 

The idealized feeder shown in Figure 13.17 will serve as an example. The distribution 
task is to move 24 MW 15 miles and then split it onto 24 segments of 1 MW and move 
each an additional three miles to their load points. shows the cost of this 
distribution, developed from the data used in Chapter 12. 

Of the four distribution voltages shown in Table 13.2, 25 kV has the lowest total PW 
cost for doing the job in a single-voltage application, only 1% less than the next lowest cost 
(34.5 kV), but nearly 30% lower than 12.47 kv.® 

Note that the lowest cost for the trunk segment alone is $8 million at 34.5 kV and for the 
branches alone $9.6 million at 12.47 kV, which sums to $17.6 million, about $2-million less 
than the cost of building both trunk and branch with 25 kV construction. Therefore, if the 
PW cost of a20 MW 34.5/12.4 kV transformer and its associated switchgear and control 


® Neither 4.16 nor 12.47 kV can move 24 MW 10 miles on a single circuit. Costs of multiple circuits 
were assumed for this exercise. 
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Table 13.2 Cost of Distributing Power in Figure 13.17 


Voltage Cost $ x 1000 

Used - kV Trunk Transformer Branches Total 
4.16 $49,640 $13,723 $63,363 
12.47 $17,610 $9,594 $27,204 
25.00 $9,801 $9,619 $19,420 
34.5 $8,046 $11,545 $19,591 


34.5/12.47 $8,046 $1,001 $9,594 $18,631 


Figure 13.17 Hypothetical distribution situation where dual-voltage application makes economic 
sense. A total of 24 MW (at peak, with 8760 hour load factor of .5) is to be moved ten miles, then 
routed in 1 MW portions along 24 segments each three miles long. Although hypothetical, this 
feeder's economics are analogous to a ten-mile feeder loop supporting 24 loops, similar to that shown 
in Figure 13.18. 


\ 


Source 


y 


Two Miles 33kV 
: 11kV 
33/11KV transf. E 


Figure 13.18 Analogous to the feeder in Figure 13.17 is a dual-voltage loop feeder consisting of a 15 
mile loop at 33 kV delivering power to 24 loops of 11 kV, grouped into sets of four fed from one 
transformer, each three-mile loop with a load of 1 MVA. 
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Table 13.3 One-Page Summary of Chapter 13 


Feeders are “neighborhood size” circuits serving from 300 to 1,200 households or the equivalent 
amount of commercial or industrial load, operating at primary voltage (Somewhere between 4.16 and 
34.5 kV phase-to-phase). 


Each feeder circuit is a collection of interconnected line segments fed from one source, designed 
with the guidelines discussed in Chapter 12) and assembled into a single circuit (fed from one source 
point). 


The group of all feeders emanating from a substation will provide primary voltage service 
throughout that substation’s service area. 


Substation service areas are contiguous and exclusive, with only very rare exceptions. 


Feeder circuits must be able to move power reliably, economically, and within engineering 
criteria (loading, voltage drop) to all locations out to the boundaries between the substation service 
areas. 


Most of the load is far from the substation. Due to the geometry of service areas, a majority — 2/3 to 
3/4 of the load — will be beyond halfway between the substation and its boundaries. 


Feeders generally follow roads, highways, and property boundaries. This means their routing 
usually is restricted to a rectangular grid. 


Most feeders are the same “size” by design and equal to the best economical capability of the largest 
conductor in the distribution construction set. 


Urban, suburban, and rural areas usually require slightly different approaches applied to the 
application of feeder layout and design. 


Urban areas are usually served with loop underground systems, layout is usually dominated 
by capacity limits and restricted to a street grid, loads are large and invariably three-phase, 
fixed cost is high, reliability requirements are above average, and planning is very “loop like.” 


Suburban areas are served by a mixture of underground and overhead lines, have a mixture of 
small and large loads, are usually built to radial layouts with tie switching for contingency 
support throughout, and have a good balance of capacity and voltage constraints (neither 
dominates). 


Rural areas are invariably served with overhead lines and usually the planning is dominated 
by voltage drop, not capacity, constraints. High primary voltages are favored, “single-phase 
feeders” are common, and most loads are quite small. Little provision is made for contingency 
backup, and planning is “very branch-like.” 


Considerable flexibility of design (configuration and layout) of a feeder exists in most cases. 
Planners thus can generally use configuration and layout to achieve other criteria, not only economy. 


Flexibility of design is created by a combination of three aspects characteristic of most distribution 
situations. These are: 


The need to employ both trans-shipment and branching in any design, which creates thousands 
of possible configurations for any situation 


The requirement for routing of pathways on a grid-like basis, which means these 
configurations will share identical or close to identical route distances 


The near linearity of cost versus loading discussed in Chapters 11 and 12, which means costs 
of various options will be similar 


Dual voltage feeders usually have poor economy compared to optimized design unless the higher 
voltage is essentially a subtransmission voltage. 
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equipment is less than $2 million, a dual voltage 34.5/12.47 kV feeder will be more 
economical for this situation. Using a cost model of $660,000 PW fixed cost and 
$14,190/MW slope (PW) as a model of transformer cost in this case gives $1million PW, 
for a total cost of $18.6 million for a 34.5 kV trunk leading to the transformation to 12.47 
kV to feed the 24 branches, a savings of nearly one million dollars present worth. 

This example lumped ali of the transformation into one location so that an economy of 
scale could be obtained in the transformer cost. However, this basic economic advantage is 
behind the decision to use dual voltages in European type 33 kV/11 kV loop feeder 
systems, where a typical dual-voltage feeder has characteristics similar to the example in 
Figure 13.18 - a fifteen mile 33 kV loop supports twenty-four, three-mile-long 11 kV loops 
through six 5.0 MW packaged transformers. 


13.5 SUMMARY OF KEY POINTS 


Feeders are the major building blocks of power distribution systems. They are themselves 
composed of line segments and in some cases transformers, which must be selected with 
care from a well-designed set of available components in order to assure that the feeders are 
economical but have the capacity and load reach required. In some situations — urban or 
rural areas — conditions will heavily constrain the distribution planner with respect to 
configuration and usage of the feeder for power distribution, but for a wide variety of 
situations feeder layout includes considerable flexibility. This gives the designer freedom to 
meet other requirements besides just economy while achieving low cost and high reliability. 
How to use this flexibility well will be the topic in many of the subsequent chapters of this 
book. 
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Feeder Layout, Switching, 
and Reliability 


14.1 INTRODUCTION 


The design of an effective and efficient feeder system involves balancing three major 
factors along with a host of smaller considerations: the electrical capability to deliver 
enough kW at sufficient voltage, the reliability of service needed to meet customer needs all 
but a few minutes a year, and the overall cost. Added to these three major concerns are 
numerous ancillary or mitigating factors such as a need to maintain flexibility for future 
expansion, esthetic considerations, and political/public constraints on design, etc., which 
vary from situation to situation much more than the three main considerations ‘viich are 
always with planners. | 

Reliability of service has received increasing attention and emphasis in the power 
industry during the last decade. This is partly a result of technology improvement (an 
increasing ability to measure and manage reiiability means the industry will to some extent 
do it just because it can be done). The driving force behind this growing attention, however, 
is a growing awareness of the need for and value of reliability. Many. people claim this is a 
new need, that modern emphasis on reliability is a result of the increasing use of digital 
equipment. The author doesn’t entirely agree. At least qualitatively, reliability would have 
grown in importance over the past three decades even if the world had been entirely 
“analog.” (See[ Reliability: A New Dimension in Power Engineering" jin Chapter 28). 

The power industry has never been without a substantial awareness of and commitment 
to reliability of service. Most utility workforces are dominated by a “culture of stewardship” 
attitude with respect to their role as a public utility, and have a keen dedication to “keeping 
the lights on” in even the most trying situations. Traditionally, reliability was addressed by 
designing using rigid criteria and building contingency capability into the system, not, as 
some leading utilities do today, through performance-based targets and focus and the use of 
reliability-centered planning and operations. The result of either approach can be good 
reliability, but only the latter will invariably deliver high reliability at the lowest possible 


477 


Copyright © 2004 by Marcel Dekker, Inc. 


478 Chapter 14 


cost. That said, planners must recognize that a delivery system developed based on 
“teliability-centered” principles will have something similar to the traditional contingency 
capability engineered into it, but in a manner based on sound risk minimization principles 
and in a way that maximizes cost effectiveness of money and resource commitments. 


This Chapter’s Focus: Feeder Layout and Its Interaction with Reliability 


This chapter discusses the interaction of feeder and feeder system layout and design with 
reliability, focusing on those aspects that fall within the distribution planner’s venue. It has 
been structured as both a tutorial and reference and many experienced planners will be able 
to scan or skip entirely some of the preliminary sections. It begins with a discussion of 
delivery reliability and the feeder system in the remainder of this introduction, identifying 
those areas that intersect the planners’ responsibilities and putting them into the overall 
context. The planners’ major effect on reliability is through their layout of the feeder system 
for switching, the provision for and use of contingency capability in company with that 
switching, and their coordination of that switching capability with sectionalization. These 
form the bulk of the chapter’s discussion and are its raison d’étre. 

Section 14.2 presents an overview of reliability planning at the feeder level and how it 
fits into the overall utility structure. Sections 14.3 and 14.4 build a foundation for discussion 
of layout, switching, and sectionalization with tutorials on feeder system strength measures 
and on contingency- and reliability-based planning. Section 14.5 explores the way 
neighboring feeders are laid out: how the specific configuration of trunks, branches, and 
switches is arranged, and capacity margin included, to achieve sufficient switching 
capability for load transfer during contingencies. Section 14.6 summarizes protection 
engineering and sectionalization. The chapter concludes with a summary and a one-page 
table of key points in section 14.7. 


Keeping a Focus on Reliability 


Many planners believe there are just two dimensions they must address with respect to 
reliability: frequency of interruption — how often, or how many interruptions customers 
experience, which is measured by indices like SAIFI — and duration of the interruptions, 
which is measured by SAIDI or CTAID and similar indices. 

But in fact, there are actually three dimensions of reliability that planners must consider 
with respect to customer service performance: the frequency of sustained interruptions 
(SAIFI, etc.), the duration of sustained interruptions (SAIDI), and the number of 
momentary interruptions that occur — measured by MAIFI — the count of those interruption 
events that last too briefly to be included in SAIFI and SAIDI indices. All three aspects 
affect consumer reliability, although as discussed in|Chapter 2, different customers value 
each differently. Different regulatory environments put different weightings on SAIFI, 
SAIDI, and MAIFI. This is one reason that reliability performance and system design vary 
so widely among utilities: reliability needs, reliability rules, and the willingness of customer 
bases to pay for reliability all vary widely. 

Regardless, in a very real and practical sense a utility and its planners can trade 
performance in any one of these three categories — SAIFI, SAIDI, or MAIFI — for 
performance in other categories simply by deciding to spend less on one and more on 
driving down another. Or the utility can decide to spend more overall to improve all three. 
Such strategic considerations are covered in[Chapters 23] and|28} This chapter focuses on 
more tactical considerations, related to how the capability of the distribution feeders 
interacts with reliability performance and how planners use that capability to achieve the 
goals they have been given by the strategic planners. 
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Table 14.1 Reliability-Related Aspects of Distribution System Operation and Management 


Aspect Department Affects 


Reliable components Engineering SAIFI+ 
Standards MAIFI 


Durable use of equipment Engineering SAIFI+ 
Standards MAIFI 


Inspection & service Operations SAIFI+ 
MAIFI 


Tracking & dispatching Operations SAIDI 


Protection sectionalization Engineering SAIFI 
& Planning 


Switchability Planning SAIDI 
or “feeder strength” 
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Comments 


Sound equipment must be specified for use. 
Any deficiencies in design or in applicability 
for the utility’s service area must be 
corrected. The most cost-effective types of 
equipment must be used. 


Criteria and guidelines on application of 
equipment must restrict its use to 
applications that assure a “lack of abuse” 
and operational durability. High loading is 
not a form of abuse if utilization was 
determined on a_ business-case basis; 
incorrect or inattentive use of equipment in a 
way that causes deterioration or damage is. 


Equipment inspection allows identification 
and service of problems to be done in a 
timely and effecttve manner so that it 
operates reliably and retains as much 
durability as possible. 


Overseeing of the system, trouble call 
Management, system status tracking, 
diagnosis, resource dispatching, restoration, 
and repair management are critical in 
keeping duration of outages down. 


Protection engineering is first and foremost 
about protection of public, personnel, and 
equipment, the responsibility of protection 
engineering. Sectionalization involves 
arranging protection schemes and protective 
device iocations so that they isolate 
provleras with a minimum of interruptions 
to customers. Part of this is a planning 
function, part an engineering function. 


The ability of the feeder system to “restore 
service around” outages enables Operations 
to reduce the duration of interruptions by 
restoring service in advance of repair 
through effective re-switching to alternate 
feed paths during equipment outages and 
storms. Proper arrangement of multi-feeder 
configuration, capacity of trinks and 
branches at the feeder level, and siting of 
switches provide a high level of restoration 
capability — feeder strength — during outages 
on the feeder system. More important in 
some systems, sufficient “feeder strength” 
can reduce the duration of interruptions 
associated with outages at the substation and 
even subtransmission level, improving the 
system’s overall reliability significantly. 
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Feeder Systems and Reliability 


Reliability of service is a major concern to every electric utility. T&D planners are only 
one of several groups in the utility who are responsible for maintaining reliability at 
levels satisfactory to both customers and stockholders alike. lists the major 
aspects of a utility’s operations that affect reliability and the group most responsible for 
them. It also shows which of the three reliability dimensions discussed that aspect of 
reliability most affects. Each of these areas of responsibility and function is discussed in 
more detail below. 


Responsibilities of the Engineering Standards department 


Reliable components. Generally, all equipment qualified for power system application is 
reliable, but there are components which are flawed or not suitable for certain types of 
applications. Attention to detail, however, can make a difference particularly in the 
selection of basic equipment such as conductors and cables, fittings, and so forth. For 
example, many utilities select ACSR conductor for added strength under ice loadings and 
“tree wire” in heavily wooded areas. Although uncorrected operating statistics often 
indicate otherwise; there is virtually no difference in the “reliability” of conductor or cable 
as a function of size of the conductor — small wire and big wire fail for unexplained reasons, 
and come down in storms, just as often. ” 


Durable use of components. Even the best of components will fail prematurely and/or give 
poor service quality if used improperly or inappropriately. Planners need to pay attention to 
equipment voltage and current ratings, as well as fault duty, lightning exposure, and other 
considerations. In particular, safety and code-related guidelines must always be followed 
closely. Other guidelines, such as operating voltage and fault duty limits, should be treated 
as almost inviolate rules — deviating from them leads to equipment malfunction and 
premature failure. Similarly, employing any power current switching device, be it a breaker, 
recloser, line switch, or disconnect, where it may have to open a current greater than its 
rating (even if it can carry that current when closed), will generally create worrisome 
limitations for the Operations department. Finally, a surprising number of irksome, 
intermittent, difficult to identify reliability probiems stem from poor attention te grounding. 
Proper use of equipment with respect to all these guidelines (called Standards at some 
utilities) is critical 1f the equipment is to perform its planned duties well. 


“Overloading” is not necessarily equipment abuse. The comments above about durable use 
of components having been said, distribution planners should realize that utilization of 
wound equipment like transformers and regulators to high thermal levels sacrifices lifetime 
but is not equipment abuse. As was discussed Chapt Tend the capacity “ratings” on 
equipment are not necessarily loading limits or recommendations, but merely a 
standardized way of comparing the capability of one unit to another of different design. 
High loadings usually lead to a shorter equipment lifetime, but if well maintained the 
equipment is not unreliable. It is less durable — it will last less time in service — but during 


' Operating statistics mined for patterns in the data often indicate that smaller wire fails more often. 
However, small wire is used in the majority for laterals and branches that are along routes that are 
tree-trimmed less frequently and where it is more likely limbs fall on the conductor during storms. 


2 Larger (heavier, thicker) insulation on underground cable is another matter entirely. Use of 25 kV 
cable where 15 kV would meet minimum standards (i-e., for 12.47 kV applications) results in much 
longer lifetimes and significantly fewer failures per mile, due to both deterioration and damage 
causes. 
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that shorter lifetime it is providing more value by performing more of its function. The 
combination, more value over less lifetime, might provide more value to the utility, so there 
are situations where the loss-of-life associated with high loadings on a unit may be quite 
acceptable from a business-case perspective. 


Responsibilities of the Operations department or divisions 


Effective management of inspection, service, and maintenance. A good deal of the 
reliability of a utility distribution system stems from the effectiveness of the utility’s 
inspection-service-maintenance practices, or “O&M,” as it is often called. Service and 
maintenance can be done “by the book,” “by schedule,” on a “condition-based” manner, or 
with a “reliability centered” maintenance concept (Table 14.2). The quality of the work is 
important, but there is nothing required of service and maintenance that is rocket science. 
Inspection is perhaps the key to really good O&M. Good inspection is a process that “looks 
for trouble” before it occurs, that looks for signs of equipment deterioration and damage. 
The actual inspection costs very little, given the distributed activities of most utility field 
forces. Good education (so people know what to look for) and attitude (so people stay alert 
and look for impending trouble at all times) are key factors. But the most important aspect 
is record-keeping and the process of using the data obtained and transforming it into 
information. A nearly universal indicator of a poorly managed utility is that it had 
information on an impending or likely significant failure, but did not act on it due to 
sloppiness or lethargy in its O&M processes. 


Table 14.2. Approaches to O&M 


Philosophy Description Comments 
By the book The book in this case is written Adherence may be required to keep a warranty 
by the manufacturer, andlays —_ valid. Costs may be high: it is in a manufacturer’s 
out recommended service and _ interest to call for frequent service in order to 
maintenance. hold down warranty costs (because it costs them 
nothing but lowers their warranty costs, and may 
give products better operating records). 
Scheduled The utility re-writes the book, Most utilities develop their own guidelines for 
producing O&M criteriathat © equipment inspection, service, and maintenance 
call for more or less or merely _ based on their needs and experience and their 
different maintenance and budgets. 
service than the manufacturer. 
Condition-based Service is based on inspection The goal is to make maintenance and service 
and testing. Equipment is more cost-effective. This usually emphasizes 
serviced only because it needs good inspection and diagnosis (analysis) 
it, not because of a schedule. in hopes of driving down overall costs. 
RCM (Reliability Service and maintenance Widely used in many non-regulated industries 
Centered are based on a combination (airlines, long-distance telephone companies), it 
Maintenance) of condition and the device’s _is perhaps best viewed as a way to reduce cost by 


importance in order to max- 


imize impact of limited budget. 
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reducing the maintenance done on “equipment 
that does not need or is not important enough.” 
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Efficient and rapid restoration and repair. A rapid and accurate process of identifying 
outages and interruptions, responding to them, and restoring service is critical to cost 
effectively keeping SAIDI at target levels. This is one area of a utility’s operations where a 
comprehensive, smart, integrated IT system is indispensable for competitiveness. The time 
that a utility takes to answer the phone, assemble data and reports on trouble, transform it 
into information (map it to the system, determine its implication), infer outages or 
equipment problems that exist, and dispatch resources to investigate is all part of the outage 
duration. Integrating and streamlining these steps reduces the time required to efficiently 
dispatch resources to effect restoration and repair. It also reduces the number of mistakes 
made (e.g., sending a field crew to the wrong location, sending an OH crew to an UG 
location) which at some utilities are a noticeable part of SAIDI. Industry-leading 
distribution management practices “raise the bar” quite beyond this basic. Not only can 
resources be dispatched quickly and efficiently, but their use can be optimized (or close to 
it) in real time. Through a computer-supported analysis of damage, restorability versus 
repair, and system need, a good DMS (distribution management system) can identify the 
resource plan that restores the most customers in the least time. 


Responsibilities of the Distribution Engineering and Planning departments 


Sectionalization refers to how the protection of a feeder system controls the extent of 
service interruptions whenever a fault or malfunctioning equipment is isolated. Well- 
sectionalized feeders will isolate (de-energize) only a small part of a circuit, interrupting 
service to a relatively small number of customers. At the poor end of the sectionalization 
spectrum is a feeder protected against faults with only one protective device (breaker or 
fuse) at the substation, which will interrupt power to all the consumers it serves whenever 
there is a fault anywhere on the feeder. At the other end of the spectrum is a feeder with 
sectionalization that isolates no customers whenever an outage occurs. Both levels of 
sectionalization can be attained and are used in the electric industry, the choice being 
dictated by engineering circumstances, constraints outside the control of planners and 
engineers, and cost considerations. The vast majority of protective schemes call for 
sectionalization somewhere in between, so that a feeder will be divided into a number of 
sections, each of which is isolated individually during an outage. 

Planners must keep in mind that safety and minimization of damage are the foremost 
goals of protection engineering. Sectionalization is important, but is secondary to safety and 
damage avoidance. Protection is an engineering function. Sectionalization, within the 
guidelines dictated by engineering and standards, is in the venue of the planner. 


Switching capability enables a feeder system to transfer load to alternate service routes and 
thus restore service to customers during outages. Switching reduces interruption time by 
permitting service to be restored in advance of repair. This means it makes no impact on 
SAIFI, but only SAIDI.? However, it can be used to “cover” outages at the substation and 
subtransmission level, too, in some systems to very great benefit. Switching capability is 
“built into” a feeder system by (1) arranging configuration (routing and switch locations) of 
a feeder and its neighbors so they can be re-switched in patterns that “make sense, and (2) 
providing sufficient line capacity to serve this function during contingencies. The layout of 
a feeder (configuration, capacity, and switching) and the determination of switching speed 
are in the venue of the planner. 


> Switching can be used to remove load from a unit about to fail, in which case it is reducing SAIDI, 
but such use is very rare and of only secondary importance in managing reliability. 


Copyright © 2004 by Marcel Dekker, Inc. 


Feeder Layout, Switching, and Reliability 483 


Switching and Sectionalization - Managing Complexity and Cost 
Use of flexibility is the key concept 


[Chapter 13|showed how the many possible variations in configuration for a feeder, such as 
the large trunk, the multi-feeder, and others (Figures 13.12|and 13.13) were nearly identical 
in terms of their basic costs and capability when any of them were executed well with the 
same design criteria. The point is that even allowing for a desire to minimize cost, planners 
have a lot of choices — a great deal of flexibility — in how they lay out a feeder. That 
flexibility means they can both minimize PW cost of a feeder and, by selecting layout to 
maximize some other desired performance trait, attain another important goal, too. 

Often that other important goal is reliability. Layout of a feeder materially affects both 
how well it can be sectionalized and how it can be divided into “switchable zones” and, 
along with the layout of its neighbors, determines how it can be transferred to contingency 
backup sources. The different schemes shown in Figures 13.12 and 13.13 are not equivalent 
in terms of potential sectionalization and switchability. Different configurations require and 
permit different sectionalization schemes, enable different switching approaches, and 
require different amounts of contingency margin to assure sufficient capability. No one 
configuration is always best — rather they are different in their strengths and weaknesses and 
suitabilities for particular situations. 

This chapter examines multi-feeder layout (configuration and capacity that includes 
consideration for switching and transfers) and how that interacts with switching, 
sectionalization, and reliability. Determination of configuration (routing of trunks and 
branches, location of switches and feeder tie points) and capacity (including contingency 
margin) both fall completely within the distribution planner’s venue. Sectionalization 
planning is at least partially the responsibility of the planner. 


Example and major points 


and illustrate the key concept of and the planning focus covered in this 
chapter. Each compares a large trunk and a “two-branch” feeder configuration from 
Chapter 13, laid out within the same grid easement pattern restrictions to serve the same 
168 service transformers. As Chapter 13 pointed out, both will be virtually identical in cost, 
load seach, etc., if designed from an appropriately tapered (optimized) set of economically 
sized conductors and design guidelines. The two figures compare respectively 
sectionalization and switching arrangements for each feeder, and highlight some but not all 
of the very interrelated considerations a planner would face in choosing between the two on 
the basis of reliability. Salient aspects of this planning, to be addressed in much more detail 
throughout this chapter, are: 


Switching and cost. The large trunk feeder is divided into two switchable zones and 
provided with one contingency tie point through the use of two switches (and a 
breaker at the substation). Either switched zone can be isolated during a contingency. 
If the trunk conductor of this feeder and its companion (on the other side of the tie 
point) are reinforced with sufficient contingency margin (in terms of both current 
and voltage drop), the farther zone can transferred and its customers served during 
any outage of the near substation feeder trunk or the substation. By contrast, the 
multi-branch feeder is divided into three switchable zones and provided with four tie 
points to other feeders through the use of six switches (and, again the substation 
breaker). If appropriate contingency margin is provided in this feeder and the 
neighbors with which it shares tie points, its load can be split into three separate 
portions, and each zone transferred to a different neighboring feeder. 
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Figure 14.1 Large trunk (top) and a two-branch (bottom) feeder layouts to serve the same 168 
service transforms on a rectangular street grid. The two would differ insignificantly in their 
base costs and performance when optimized for normal operations — see However, 
the two layouts differ in the switching opportunities they create. Top, the large trunk is split 
into two zones with one tie point — with relatively high capital but lower operability cost. The 
two-branch layout at the bottom splits into three zones with four tie points, or, with two more 
normally closed switches (at the mid points on each branch), five separately transferable 
zones. It is slightly less costly, slightly more reliable, but much more difficult to operate. 
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Figure 14.2 Large trunk (top) and multi-branch (bottom) feeders sectionalized with no more 
than four cascaded devices (substation breaker, two fuses in series on the feeder, and a fuse 
(not shown) for each service transformer). Each is effectively sectionalized and both schemes 
are feasible, yet either will interact with contingency plans differently, as discussed in the text. 
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Half of the large trunk feeder’s load can be transferred during a contingency. All 
of the multi-branch feeders can be. The large trunk has one tie point for its 
transferable load — no flexibility of to where the transfer will be made. The multi- 
branch feeder has four tie points and each of the three zones has two alternate 
backup tie points (with the substation breaker open, any of the zones can be 
transferred by closing either of two open points it touches). Thus, the multi-branch 
feeder shown here is in some manner quite a bit more reliable than the large trunk 
layout. 

The large trunk feeder requires that its backup support 50% more load (assuming 
it is an identical feeder with identical load) through a long (150%) pathway. The 
multi-branch feeder can be entirely supported by other feeders with only 33% 
capacity margin, through what can be (near substation tie point) much short voltage- 
drop pathways. The net effect is that the multi-branch feeder provides more 
reliability with less contingency margin. 

But this “superiority” has a cost all its own. Measured by the number of 
switching decisions that must be made, the multi-branch feeder is three times as 
complicated to operate as the large trunk feeder (six switch operations versus two). 
The large trunk design is straightforward and quick to operate, the multi-branch 
quite complicated. The potential for mistakes is higher, and the need for good 
information is greater, even if it can operate as well at a lower cost. 


Protection and sectionalization. Both feeders can be protected well through the use 
of appropriately selected and coordinated relays, breakers, and fuses, one possible 
(theoretical) scheme for which is shown for each. Depending on specifics it may not 
be possible to sectionalize either scheme perfectly due to coordination problems. 
Protection constraints on sectionalization vary considerably between these two types 
of layouts, as does how they respond to and the economics of the use of reclosers 
and sectionalizers, high-low schemes, etc. The interaction of those constraints with 
decisions on switching contingency margin also are different: reinforce the large 
trunk configuration so it can support its tie feeder during a contingency, and fault 
currents near the substation during normal operations become quite high, changing 
protection choices somewhat. By contrast the multi-branch feeder has less sensitivity 
because it needs less conductor size reinforcement in order to obtain the needed 
minimum contingency margin. 


hus, although the two configurations shown and other feasible least-cost iayouts (e.g., 
have very similar “base costs” when optimized for economic conductor and 
efficiency during normal operations, they differ somewhat in their potential for reliability 
and in how various reliability augmentation means such as sectionalization interact with 
their design. That is the topic of this chapter. As will be seen, these various designs also 
differ in the marginal cost of reliability that they offer to planners. Neither layout in 
14.1)is necessarily better — each suits certain needs better than others. And that is the whole 
point: the two configurations shown, and others like them, represent a well of design 
flexibility that can be used to good effect to obtain reliability and economy. 


14.2 DESIGNING RELIABILITY INTO THE PRIMARY FEEDER (MV) LEVEL 


Whether configured as a radial, loop, or network system, the “feeder” (American 
terminology) or “MV” (European terminology) level of the power system is a key 


component in delivering good reliability of service to a utility’s customers. As discussed in 
Chapter 13, this is because it provides most of the final mile of service to the customers and 
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because the feeder level accomplishes both a good deal of the MW x miles of power 
delivery required of the system and the bulk of its gradual subdivision of power flow into 
smaller and smaller portions as it approaches the customer service locations. 


Recommended Perspective: Isolate Problems and Work Around Outages 


For radial and loop power distribution systems, the overall approach used to assure 
reliability of service and operational flexibility is one of arranging the system so that 
problems are isolated to a small part of the system and so alternate pathways can be 
arranged if needed to “work around” outaged equipment. This is only common sense. The 
goal is to minimize two related but different aspects of abnormal operation: the amount of 
the system and its equipment that must be out of service due to any problem, and the 
number of customers whose service must be interrupted by any problem. 

This philosophy is embodied in two different planning engineering concepts and 
functions. The first is sectionalization, which involves designing the protection scheme for 
the feeder so that it limits the number of customers interrupted by any failure as much as 
practicable. The second is switching design, which involves providing for alternate feed 
routes and a way to bring them into operation so that the system can tolerate the outage of a 
major component(s) while still providing good service. Although very similar in several 
respects, sectionalization and switching are quite different in several very important ways, 
and are performed and interact with very different aspects of feeder planning. 


Sectionalization and Switching 


Sectionalization and switching both subdivide a feeder into portions or sub-areas through 
the use of devices that open and close circuit paths. They are both used for purposes related 
to reliability of service. But they are fundamentally different in what they are trying to do, 
why they segment a feeder into sub-areas, and how they affect reliability. Further, the 
sectionalization and the switching on any particular feeder may not subdivide it in exactly 
the same way. 


Sectionalization divides a feeder into “sections” in order to isolate faults or 
equipment malfunctions and to minimize the portion of the feeder circuit and its 
customer base that is put out of service when that probiem is isolated. Planners must 
never forget that the primary goal of protection engineering is protection: faults must 
be cleared and failed equipment must be safely isolated. Often, protective 
considerations alone dictate some “sectionalization” in order to assure adequate 
detection and coverage of faults. (An example will be given in section 14.6). But 
within the constraints of assuring good protection, sectionalization can focus on 
limiting the extent of service interruptions caused by an outage done for protective 
reasons. This is arranged by minimizing the number of customers put out of service 
by the operation of any breaker, fuse, or other protective device when it isolates a 
fault. The lower drawing in|Figure 14.2 shows the protective sectionalization for a 
hypothetical two-branch feeder, with protection theoretically able to isolate any 
lateral alone if a problem develops there, and fuses dividing it into three major 
sections (the portion of the trunk and branches upstream of the mid-branch fuses and 
those downstream of it0. Only faults in the trunk near the substation and along the 
branches up to the branch fuses result in loss of service to all customers served. 


Switchable zones are contiguous portions of a feeder that lie between switches. Each 


zone can be individually shifted (switched) to one or more alternate (backup) feed 
sources, providing a measure of improved reliability. Such reliability enables the 
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system to operate despite the loss of a major component(s) without unduly 
interrupting the flow of power to the utility’s customers. For example, the bottom 
drawing in shows the same feeder discussed above divided into three 
switchable zones. The zone representing the top branch in the drawing can be 
switched to either of two alternate (backup) feed circuits by opening the normally 
closed switch indicated and then closing one or the other, but not both, of the 
normally open switches. If the feed from the substation is lost for any reason (there 
could be a fault on the feeder trunk — 1.e., in section A as indicated in the top 
drawing, or the substation could be out of service) this zone can be transferred to a 
backup source so service can be maintained. Similarly, the other two zones can be 
transferred when needed and each has two alternates. 


Thus, both switching and sectionalization subdivide a feeder into portions for 
purposes related to reliability. Sectionalization uses equipment that is automatic and 
nearly instantaneous to isolate faults and malfunctions and seeks to minimize the 
number of customers interrupted when an outage occurs. Switching uses equipment that 
must be operated (manually or automatically) to restore service and seeks to assure a 
way to find alternate feed paths during a contingency. 


Sectionalization and switching differ in “system” involvement 


Sectionalization is not a system-related aspect of distribution or planning. There are no 
system-related issues involved in sectionalization planning. A particular feeder’s 
sectionalization affects only its reliability, not that of its neighbors. A planner arranges 
sectionalization for a feeder by coordinating its configuration, line size, and the type, 
location, rating, and setting of protective devices with fault duties and customer locations 
on the feeder, without regard to neighboring circuits or its place in the distribution system. 

By contrast, switching is very much a system concept and planning function, in two 
ways. First, switch planning involves arranging a feeder so that switches can divide it into 
zones (a feeder-specific aspect) and so that there are alternate paths available in neighboring 
feeders to support its contingency backup (a system function). Therefore, whereas 
sectionalization can be done on an individual feeder-by-feeder basis without regard to 
anything beyond that single feeder’s engineering and design, switch capability planning for 
a feeder must consider both a feeder and some of its neighbors. There is also a very definite 
“system” aspect to switch planning. 

Second, while good switching capability enhances the reliability of an individual feeder, 
it also gives the local system additional “strength” to “ride out” contingencies at the sub- 
transmission/substation level. If a substation loses a transformer, part of that transformer’s 
load can be transferred to neighboring substations via feeder switching, until what remains 
can be dependably serviced by any remaining units at the substation. Since repair times at 
the subtransmission and substation level can be quite long, such a capability will 
significantly reduce total interruption time in some T&D systems. “Strong” feeder systems 
with this “inter-level’” support capability will be discussed later in this chapter. 

Ideally, switching and sectionalization work coherently to support one another. In some 
situations this involves making zones and sections identical (this simplifies their 
coordination immensely). But in other situations, for a variety of reasons, there may have to 
be a difference. Regardless, their use and design must ultimately be considered in unison. 
Section 14.5 will explore how configuration, capacity, and planning create and enable 
switching zones to be applied. Section 14.6 will summarize sectionalization, which is partly 
an engineering and not a planning function, and how switching and sectionalization 
interact. 
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Four Aspects of the Planning for Sectionalization and Switching 


There are four important areas of considerations and planning function that planners must 
address and whose interaction planners must anticipate and arrange in order to develop a 
combination of good sectionalization and switching on a feeder. These are: 


1. Configuration 


Configuration is the most basic and usually the first aspect of reliability design that a 
planner must consider. Does the feeder system have alternate pathways through which 
power can be routed when outages close off a normal pathway? Are there switch points 
provided so that instantly, automatically, or manually power can be re-routed as needed? 
The layout of a feeder — its branching and routing — provides the basis for both sub- 
division into zones and alternate pathways. showed that very often choices 
among variations like those illustrated in and make little difference 
on the ultimate cost or voltage performance of a feeder. 

However, the different layouts shown in those figures provide very different 
opportunities for subdivision of a feeder into zones and creation of alternate pathways. 
They may also impose different constraints on both sectionalization and switching. 
Configuration planning for switching involves selecting layouts that fit the needs and 
approach to contingency backup planning being used in an area. It interacts with 
sectionalization, too (e.g., can all the laterals in both feeder layouts shown in Figure 13.12 
be fused in a coordinated manner? Does any difference matter?). 


2. Capacity 


Do the alternate pathways that are being arranged for switchable zones have sufficient 
capability, both in terms of current (load) and voltage (load reach), to meet at least 
temporary (emergency, contingency) criteria when serving the additional load? Looking 
at the bottom diagram in the top branches zone shown can be supported from 
either end (either of the normally open switches). However, the circuit on the “other side” 
of each tie point must have both an ampacity and voltage drop margin sufficient to enable 
it to service the load in this zone. Similarly, it probably makes sense to use the circuit 
shown as the backup for the feeder(s) that is on the other side of those two switches. 
Therefore, it needs sufficient capability to perform that function. 


3. Sectionalization 


Good sectionalization seeks to isolate any fault or equipment malfunction in a manner 
that minimizes the number of customers whose service is interrupted. At the poor end of 
the sectionalization scale is a feeder protected by one device (at the substation): a fault 
anywhere results in loss of service to all customers served by the feeder. At the other end 
of that scale, and unattainable in any practical radial system layout, is a feeder where any 
fault can be isolated while interrupting service to no more than one customer. Of course, 
there are “high reliability” distribution system designs that can attain very high levels of 
reliability. The interlaced feeder/secon designs and spot network designs 
covered in{Chapter 19} section 19.6 si eee eT ae isolate a fault on most of their 
components without loss of service to any customers. There, outages do not lead to 
interruptions. But, there, reliability is purchased through an entirely different mechanism 
than discussed here, the use of a non-radial type of system design, one with very different 
economy of scale so that it is only justifiable to most utilities in densely loaded areas. 

But for radial feeder layouts, sectionalization interacts somewhat with both 
configuration and capacity, so the author prefers to perform sectionalization as a third step, 
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Figure 14.3 The order of consideration of the four major aspects of reliability planning for feeders 
that most often provides good results with a minimum of effort. Planning processes and methods will 
be discussed in much more detail in The important point here is that configuration is 
the starting point for the planner’s interest in attaining good reliability with economy. 
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one done after the basic switching capability (configuration and sizing of trunks and 
major branches) has been determined. Only in a small portion of cases does configuration 
so limit protection that protection and sectionalization constraints will ultimately limit or 
dictate configuration. Therefore, the recommended planning approach is to determine a 
layout and trunk-branch sizes that enable suitable backup, then determine a protection 
scheme that sectionalizes that plan. 


4. Switch timing 


The average time required to bring alternate pathways into operation varies from hours for 
manual operation of switches at remote locations where no operators are on site to nearly 
instantaneous operation as in the case of fast acting automatic rollover switches. Switching 
time affects only the duration of interruptions that are restored in advance of repair, and its 
effectiveness depends on the feeder’s inherent ability to provide contingency support, a 
function of configuration and capacity. But a “restore and then repair’ approach is a key to 
good reliability in many systems. Candidate positions and ratings (for maximum current the 
switch can carry as well as the maximum it can open or close) of switches are initially 
determined in the capacity phase but often refined in company with sectionalization. 
Switching speed or timing can be selected to reduce duration of expected interruptions as 
needed. It is generally considered as the last among these four aspects because it is a 
somewhat independent aspect of design that can be used to fine-tune the duration-related 
(SAIDD aspects of a plan so it will definitely meet performance targets. 


Overall planning approach 


When planning a feeder system, the general recommended approach is to begin by 
determining a layout that provides sufficient zonal subdivision and backup routes, without 
regard to capacity considerations. Capacity of lines and switches can then be considered, 
leading up to load flow computations that assure the selected combination of configuration 
and capacities will function well enough to meet contingency operating criteria. 
Sectionalization is then arranged, usually in an iterative manner that looks at fine-tuning 
switch locations and protective locations and that considers switching speed, too (e.g., one 
can use reclosers as both a protective device and a fast switch). illustrates this 
process and its interaction with some elements of analysis and planning methodology. 
Inevitably, there is occasionally a need to back up and make adjustments to previous work 
in order to accommodate constraints that were discovered in a subsequent step, but this 
process seems to minimize effort overall. 


Interactions of These Four Feeder-Planning 
Aspects with Customer Service Reliability 


Each of these four design aspects listed above interacts with and depends upon the other 
three. For example, the value of and need for faster switching speed depends greatly on 
whether the system has a configuration and sufficient capacities so that it can be switched 
to alternate feed paths during a contingency. As another example, how a feeder can be 
sectionalized by protective equipment depends somewhat on its configuration, although the 
author’s experience is that difficulty is usually a function of the inherent situation, not a 
specific configuration; any feeder configuration (e.g., Figures 13.12 and with tapered 
conductors will have similar short-circuit profiles and protection coordination features or 
problems and encounter similar limitations on protection. Furthermore, both configuration 
and sectionalization determine what portions need to be switched during outages and how 
much capacity and voltage drop performance are needed and thus influence and are 
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influenced by switching capability. Each of these four aspects also interacts with each of the 
three dimensions of reliability importance discussed earlier (section 14.1): frequency of 
sustained interruptions (SAIFI), duration of sustained interruptions (SAIDD, and 
momentary interruption count (MAIFI). However, each aspect of planning interacts 
different with each reliability category. 


Sectionalization is most heavily linked to frequency or number of events (SAIFI and 
MAIFI). Good sectionalization reduces the extent of interruptions — the number of 
customers whose service is interrupted when a fault is isolated by taking part of the 
system out of service. Reduction in the extent of interruptions associated with any 
expected outage directly reduces SAIFI. In fact, good sectionalization is the most 
obvious and direct way that planners can improve SAIFI: change the sectionalization 
of a system to cut the extent of outages in half, and SAIFI will drop by half because 
the number of customer interruptions that occurs will drop by half. This will also 
have an impact of SAIDI: a 50% reduction in the extent of outages will reduce 
feeder-related SAIDI, too. The reduction may not be exactly one-half (a number of 
secondary factors make it more or less effective depending on circumstances), but 
the change will be significant. (Sectionalization will be discussed in much more 
detail in section 14.6.) 

It is worth noting, due to the contrast to the impact of configuration and capacity 
discussed below, that sectionalization affects reliability only at the feeder level: It 
has only an intra-level reliability impact, and offers no improvement of reliability 
concerns associated with failures or outages at the subtransmission or substation 
levels. 


Configuration and capacity, which together create switching capability, reduce only 
the duration of interruptions that have already occurred. Configuration includes 
determination of both routing (feeder layout) and switch locations. Capacity refers to 
the current and voltage drop capabilities of the feeder pathways and ratings of the 
switches. Determination of the combination of configuration and contingency 
margin (capacity) to be used in a particular feeder or group of feeders falls 
completely within the planner’s responsibilities and is a key aspect of their 
responsibility. 

Switching capability has no direct effect on the number or frequency of events 
(e.g., SAIDD, as does sectionalization. Instead, it enables the system to restore 
service to some or all customers whose service has been interrupted by an outage in 
advance of the repair of that outage. Thus, good switching capability leads to 
reduced SAIDI, particularly in systems where anticipated repair times are lengthy 
(urban underground) or in situations where crew availability may be limited 
(storms). 

An important point for planners to bear in mind is that the reliability 
improvements from switching capability are not limited to “covering” contingencies 
on a feeder system, as are those from good sectionalization. A feeder system with the 
right type of “strength” (ability to restore through alternate routes) can provide 
service during some partial or complete subtransmission system and substation- 
related outages. As will be seen later in this chapter, this is often where switching is 
most cost effective. This type of “inter-level” contingency capability has to be 
deliberately planned into a system through the proper selection of configuration, 
capacity, and switch locations, but the impact on reliability can make it quite cost 
effective. Equipment at the subtransmission and substation level typically serves 
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large numbers of customers, and repair times are sometimes measured in days, so the 
improvement in system SAIDI can be very significant. 

This inter-level capability does not make switching more important than 
sectionalization, just as sectionalization’s ability to reduce SAIFI does not make it 
more important in all cases. They are different but compatible capabilities. 
will discuss an intra- and inter-level matrix-based planning method that can be 
used to minimize the cost of overall reliability by using capability at one level 
(usually the feeder, sometimes the utilization level) to “cover” or provide support 
during outages to both itself and other levels. The last portion of Section 14.6 will 
discuss how configuration and capacity interact to create a reliable system, and what 
that capability costs. Planning techniques and tools to optimize such plans are 
covered n(Chaper 23 Planning methods to determine how much “feeder strength” 
is needed and what it is worth to the utility are discussed in Chapter 28. 


Switching time has two impacts. First, faster switching will reduce SAIDI; if 
configuration and capability can provide alternate paths for service during certain 
contingencies, then cutting switching time in half will cut the duration of service 
interruptions caused by those contingencies in half. Not all interruptions can be 
switched. Customers on the faulted portion of the system must await repair of that 
outage before service is restored. But particularly if sectionalization is done so that 
faults are isolated well, the impact on SAIDI from reduced switching time can be 
significant. Reducing switching times by half in most utility systems would drop 
SAIDI by at least 33%. 

Furthermore, and frankly of more interest to many utilities that are implementing 
automation or using automated equipment to improve switching times, fast 
switching may reduce the duration of interruptions below the MAIFI threshold (see 
(section 4.3}. If switching times are reduced so that service is restored in less time 
than this threshold, then those customer interruptions that would have been counted 
as SAIFI and SAIDI are now counted only as MAIFI. For example, many utilities 
define a momentary interruption as lasting up to five minutes. If switching speed is 
improved so that some 15- or even 30-minute interruptions are restored in less than 
this time, then they are not counted in SAIFI statistics. Their durations are not 
counted at all — they are not added into SAIDI, and MAIFI counts do not measure 
duration. This approach is sometimes controversial because it appears to be 
“gaming” the rules — addressing the metric more that the actual customer value 
involved. However, fast switching does reduce the total time customers are without 
power quite significantly, and therefore is often of very real value. 


Cost of Reliability 


Configuration, capacity, switching speed and good sectionalization/effective protection all 
contribute to improved reliability of service for a utility’s customers — at least if used well 
in the overall system plan. The real issue planners deal with in planning for reliability of 
service is cost effectiveness. All four of these aspects of feeder planning cost money, both 
for initial capital expenses associated with equipment, installation and construction, and for 
the continuing expenses of maintenance and repair. The challenge for planners is to find the 
best combination of configuration, capacity, switching speed, and sectionalization, a 
balance of spending on each of the four that achieves the required level of service reliability 
at minimum overall cost. 
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14.3 FEEDER SYSTEM “STRENGTH” 


The “strength” of a feeder system, sometimes called its “contingency strength,” can be 
measured or rated for comparison and planning purposes by determining its average ability 
to transfer load from one substation to its neighbors. 


Strength of a feeder system is the average percentage of a 
substation’s peak load in that system that can be transferred for 


service by neighboring substations during peak conditions 
while keeping voltages and circuit loading on the feeder 
system within the utility’s standards for contingency operation. 


The strength of a large system is the average percentage of a substation’s load that can 
be transferred to neighboring substations through the feeder system, while meeting 
emergency loading and voltage (i.e., ANSI Range “B’’) criteria at peak. Strength of any 
particular substation’s feeder system is likewise measured as the percent of that substation’s 
peak load that can be transferred to its neighbors. An important point: “feeder strength’ as 
measured at any particular substation depends not just on the feeders in that substation area, 
but on those of its neighbors which must “pick up” the load. Gross feeder strength, as 
applied by the author, considers only the feeder system’s capability and neglects whether 
there is sufficient substation capacity in neighboring substations to serve the contingency 
loading. Net feeder strength considers all such factors including substation and 
subtransmission and transmission level capacity and voltage issues, and is clearly the 
overall factor of interest in determining if feeder strength actually leads to improved 
reliability. But as a planning tool, gross feeder strength is the most useful. Throughout this 
book, “feeder strength” will mean gross feeder strength — the ability of the feeder system, 
unrestricted by any constraints upstream, to provide contingency backup for outages at the 
substation level. 


Substation-Level Strength Measures Cover Most Needs 


Strength as defined here is measured with respect to transfers of load between substations 
via the feeder system. However, it is a reasonably gcod measure of contingency withstand 
capability of a feeder system in all respects, including how good it is in restoring outages in 
its own level. A feeder system can provide contingency capability to “cover” outages at the 
substation level; it obviously needs capacity to tolerate outages at the feeder level, too, as 
for example when a feeder trunk is outaged but power can be routed through branches and 
other trunks in a re-switched configuration so service is restored in advance of repairing the 
outaged trunk. 

A feeder system that has 100% strength — the ability to tolerate the loss of a substation 
by serving all of its load from neighbors — will clearly have a nearly universal ability to 
tolerate feeder outages well. Only local inabilities to isolate faulted sections of the feeder 
system will preclude it from restoring service for any outage at the feeder level. Such local 
capabilities can be handled by installation of switches (whether automatic, automated, or 
manual is an issue of cost effectiveness) without having to “fiddle” with the inherent 
strength or design of the system. Generally, feeder systems with far less than 100% strength 
also have the ability to tolerate most or all feeder outages. Details for how reliability is 
planned and cost minimized on a level-by-level basis, taking subtransmission, substation, 
and feeder level needs and capabilities into account, are discussed in and|28 
Regardless, strength is a good measure of the inherent reliability potential and value of a 
feeder system. 
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The Value of Feeder Strength 


Thus, strong feeder systems are reliable, and in a very real sense can “take care of 
themselves” by providing capability to restore service to feeder outages through re- 
switching. But the real value of a strong feeder system often is seen most at the substation 
and subtransmission level. In many power delivery systems, contingency plans for partial 
or complete failures at a distribution substation include transferring load to neighboring 
substations. This permits much higher utilization of substation transformers, producing a 
very large savings. 

For example, a traditionally loaded two-transformer substation would be designed and 
operated with loading on each of its (two identical) transformers limited to 66%. If one 
goes out of service at peak, the other can pick up all of its load while going to only 133% of 
its rating. Since each is only at 66% of its rating prior to a contingency, it is relatively cool 
and can take very high loads for a short time before heat builds up to cause high 
deterioration rates. (See for a discussion of ratings, heating rates; and loss of life). 
The net result is that contingency scenarios are not particularly high-stress situations. 

But suppose the utility wants to get more out of its investment in these two transformers 
or avoid spending money on larger units if the load in this substation area is growing. It 
may push utilization to 90% at peak. Now if one unit fails, the other has to pick up 180% of 
its rated capability if it is to “cover” this contingency. It is fairly warm, having been at 90% 
capability already. Stress rapidly increases and both loss of life and probability of loading- 
induced failures is much greater than it was at a planned 66% loading. 

Further, suppose that within a few minutes of this transformer outage, the utility 
operates feeder switching that temporarily transfers 22.5% of the substation’s peak demand 
(equal to 45% of the rating of one transformer) to other nearby substations. The remaining 
transformer needs to shoulder only a 135% burden, essentially the same as in the “66% 
loading case.” Loss of life is slightly higher than in that case because the unit is warmer as 
it begins its contingency backup role. That could be mitigated by increasing the transfer just 
a bit, to 25% of the substation’s load. 

If the feeder system can transfer more than this amount, then the transformers can be 
loaded to beyond 90% at peak. If it can transfer 35% of each substation’s peak load, then 
utilization iatio can be 100% of rating while still preserving contingency support capability 
within a guideline that emergency ratings be no more than 133% or normal. 


Feeder System Strength and Its Impact on Reliability and Cost 


A power system with a strong feeder system provides more reliable customer service than a 
similar system with a weak feeder system. shows predicted annual SAIDI 
versus feeder strength for three T&D systems in the central United States. Note that 
reliability always improves with increased feeder strength, but that very different strengths 
are needed to meet any particular reliability target. This is because there are many other 
factors that determine overall reliability. The feeder system is only one link in the chain. 
Some systems benefit more than others from a strong feeder system. 

Strength of feeder systems varies widely, by design. Some systems in the U.S. 
measure below 15%. These tend to be systems that have large, multi-transformer 
substations.* They may have very robust feeders, using big conductor sizes and optimized 
designs, but not measure strong on inter-substation transfer capability because that 
capability is used to push load reach to or beyond the most economical limit. Similarly, 


* A substation with four transformers can “cover its own contingencies” within the 133%-of-normal 
loading discussed earlier, even if loaded to 100% of rating at peak. 
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Figure 14.4 Feeder strength versus expected annual SAIDI for three power systems. The value of 
high strength in the system depends on the reliability of other system levels. The three utility systems 
shown here need feeder strengths of 15%, 28%, and 77% respectively to obtain a 100-minute SAIDI, 
those variations due to design and reliability differences at the subtransmission and substation levels. 
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Figure 14.5 Feeder system strength (inter-substation tie capacity) vs. utilization ratio of transformers 
under normal conditions that can be tolerated while still preserving contingency capability for the 
outage of a transformer at a two-transformer substation. For example, the graph indicates that if a 
contingency loading of 166% is allowed by standards, then normal target loading must be limited to 
83% if the feeder strength is zero, but can go to 100% if feeder strength is 17%. 
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other systems include feeder systems that measure very close to 100% on this strength 
index. These tend to be systems with sizes of single- or two-transformer substations and 
radial subtransmission. 

gives another view of strength and its impact on costs and capability. It 
shows the required emergency loading of transformers as a function of utilization ratio and 
feeder strength for a two-transformer substation feeder system. The lines give the substation 
transformer utilization ratio and feeder system strengths needed to assure full contingency 
capability when contingency loading is limited to 133%. The Y-intercept values for each of 
the lines represent the maximum utilization ratio that a utility can use at a two-transformer 
substation given that no load will be transferred to neighboring substations in the event of a 
transformer outage. As can be seen, greater transfer capability through the feeder system 
means greater utilization ratios can be applied in the normal operation of the system. 


Again, Cost Effectiveness Is What Really Matters 


In some utility systems, reliability “purchased” at the transmission or substation level is 
more cost effective than that bought at the feeder level. But in others, feeder system 
strength as described here is the most cost-effective means of bringing about needed 
reliability improvements. When this is the case, feeder switching capability planning as 
covered later in this chapter is crucial to cost-effective implementation of high-strength 
feeder designs. 


14.4 CONTINGENCY-BASED VERSUS RELIABILITY-BASED PLANNING 


This section provides some background on contingency-based planning, a traditional 
approach to “reliability design” and a necessary part of all modern planning procedures, and 
reliability-based planning, a more modern planning approach that proves useful in 
maximizing cost effectiveness of money spent on reliability. This section provides only a 
summary of key points, sufficient to support this chapter’s discussion of feeder switch 
planning and sectionalization. and provide a more comprehensive 
discussion of reliability planning methods and their application. 

Contingency-Based Planning 


One way to assure that a system will tolerate failures is to engineer it so that it can tolerate 
the loss of any component and still function well. shows a one-line diagram for 
a substation with two transformers and two incoming lines. In a contingency-based 
approach, planners identify possible failures (outages) and plan and engineer the system so 
it can tolerate each one. For example, one contingency for Figure 14.6 is “loss of the line 
feeding the substation from the east.” If the line to the west is engineered with both the 
current and voltage drop capability to alone serve the substation, at least for a brief period, 
then the “line for the east contingency” is covered — the system has a designed-in capability 
to tolerate it. Similarly, failure of the line coming from the west can be covered by making 
certain that the line from the east can also serve the substation if need be. Further, other 
major contingencies — loss of either transformer, loss of any bus, etc., would be similarly 
covered by arranging sufficient switching to serve the load without that unit in service. 

In this way, planners for a T&D system enumerate and engineer coverage for all 
possible contingencies in their system, or at least all major contingencies. (A major 
contingency is defined as any equipment outage which would lead to the interruption of 
service to a large number of customers, usually 10,000 or more). Most utility systems in 
North America and Europe were originally laid out to this concept, and have been updated 
continually on that basis ever since. 
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Figure 14.6 Contingency analysis of service to this substation would evaluate cases where each of the 
incoming lines or each of the three transformers/bus sections were out or service, and assure enough 
capacity into the system (the five breakers assure sufficient switching capability) to assure none of 
those contingencies resulted in unacceptable performance. 


Contingency-based planning methodology 


To apply a contingency-based approach, planners take their system plan, remove a unit — 
the “outaged” unit — and then plan what they would do to maintain service: set breakers so 
they will isolate any fault on the outaged unit and close into alternative flow pathways for 
back up service, send crews out to do field switching, or whatever. Analysis tools (load 
flow, short circuit) are used to identify if overloads or undervoltages or unacceptable fault 
duties would result while in this configuration. All overloads or low-voltage problems 
stemming from this “contingency case” are “cured” by upgrading equipment or changing 
the design or settings of equipment until the problems are mitigated. With this one 
contingency case settled, the procedure then moves on to the next. The planners take up 
additional possible equipment failure and do likewise, continuing through all possible 
failures (or exhausting their ability to look at so many possible failures) until done. 

While this approach represents considerable work, it is a simple, repetitive approach that 
requires only modest amounts of analysis and which uses only the standard design tools 
needed for engineering of a power T&D system: load flow and short circuit. Computational 
requirements are quite minimal compared to the capabilities of modern personal computers. 
The author’s first professional engineering assignment was at Houston Lighting and Power 
in 1969, to help modify a standard digital computer load flow program so that it automated 
this process. the computer program proceeded serially through the load flow database, 
removing each element, performing any switching that would occur, re-computing the load 
flow for that configuration, then reporting all exception tests (overloads, undervoltages) and 
reporting them, before moving on to study the next item. Such computer programs were 
easily within the capability of computers in the mid-1960s and become commonplace for 
transmission and substation planning in the industry by the late 1980s. 
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Contingency-based planning criteria 


The ability to operate with any one major equipment unit out of service is called an “N - 1” 
capability and this requirement is a criterion at almost all electric utilities for transmission 
and substation facilities. In some cases, a utility will design all or part of its systems to 
“N - 2” contingency criterion, meaning that it can tolerate the loss of any two major 
equipment units. A few utilities apply an N - 3 criterion in critical (downtown) areas. 
Generally, there is a variation in operating criteria associated with these various “levels” of 
contingency withstand. Many utilities plan their system so that it will work in any N - 1 
state while remaining within normal operating criteria (voltage, current, power factor) but 
permit emergency levels at N - 2 or N - 3. 


Differences in typical application at the transmission and distribution levels 


Utilities apply the N - X contingency requirement concept almost universally at the 
transmission, subtransmission, and substation levels, with a criterion that no interruption of 
service can occur due to isolation of the outaged component. This requires fast breaker 
operation to open any circuit pathway that has been faulted, as well as to close the alternate 
path to service. And, as stated above, these criteria specify no deviations from normal 
operating criteria in any N - 1 situation. 

For distribution systems, contingency-based requirements are usually adjusted slightly 
to accommodate the nearly universal use of manual switching and radial system design at 
the distribution level. An N - 1 criterion or its equivalent specified as some sort of switching 
capability requirement is interpreted to mean that the system must have the switchable 
means to restore power to all but a small (the faulted) portion of the system in a 
contingency. However, a short interruption of service to some customers is accepted as a 
result of protection isolating a fault: Manual switching, which can take perhaps a half hour 
to an hour, will close any alternate feed pathways. Furthermore, most utilities accept 
operation at “emergency levels” (something like ANSI C84.1-1989 Range B) during a 
distribution contingency. 


Advantages and disadvantages of contingency-based planning 


Such contingency-based planning has several distinct advantages. First, it is a very 
modular, serial approach that can be implemented in a straightforward manner, breaking 
down the problem of “providing reliability” into many small studies, each focused on one 
element of the system. For this reason it is adaptable to procedures built around relatively 
limited (compared to modern computational limits) analytical methods and requires only 
the normal (load flow, short circuit) planning-engineering tools uses by power engineers, 
and will always lead to a very reliable system design if done well. 

In addition, because it examines and “solves” each contingency, it explicitly identifies 
how contingencies are addressed: it performs at least a preliminary “contingency planning” 
assessment dealing with how the utility would deal with that particular problem. For 
example, for a contingency involving the loss of the left transformer in this 
planning method would identify that the middle and lower left two breakers would open, 
and the low-side tie breaker (normally open) would close. This explicit identification of the 
contingency arrangement is in contrast to most reliability-based planning methods, which 
implicitly evaluate contingencies, determine that they are “covered,” but do not explicitly 
show how each would be handled. Contingency-based planning is thus very useful for 
operational planning (determining and making preparations to handle a_ particular 
contingency). 
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Contingency-based planning has only two significant drawbacks. First, it is not a 
particularly effective planning tool when cost reduction or budget limitations are a major 
concern to planners. This will be explored more in a few paragraphs, when the advantages 
of reliability-based planning methods are explored. Second, even though contingency-based 
methods enumerates and “solve” every possible single (or for N - 2 planning, double) 
outage case, these methods can fail to build a reliable system in situations where equipment 
utilization ratios (peak load/capacity of subtransmission lines and substation transformers) 
have been increased beyond traditional levels. The reasons why are addressed in more 
detail in which covers reliability planning methods, and summarized later in 
this section. But the net result is that, for systems with traditional equipment utilization rates 
(below 70%), an N - | or an N - 2 criterion is a necessary and usually also a sufficient 
condition for satisfactory operating reliability. However, in systems operated at higher 
utilization rates (above about 83%), an N - 2 or even N - 3 criteria may be necessary, but 
will no longer be sufficient, to assure satisfactory operating reliability. A form of 
contingency-based planning that assigns probabilities to contingencies and minimizes the 
risk of interruption from multiple contingencies is most effective in such cases, but has 
additional complexity in computations, data needs, and the engineering skills required by 
the planners. This is called reliability-based planning. 


Reliability-Based Planning 


Not all contingencies are equally likely. A transmission line of 100 miles length is much 
more likely to go out of service than one of similar design that is only 4 miles long. 

Not all contingencies have the same consequence. The loss of a particular power 
transformer in a system might lead to only modest overloads, tolerable if extreme voltage 
drops, and no equipment damage. The loss of another could lead to serious overloads and 
low voltages that quickly damage utility and customer equipment alike. 

These two facts alone do not mean that contingency-based planning will not work. But 
they do mean that money allocated to cover relatively likely contingencies of severe impact 
is much more effective than money spent to cover low-probability, low impact 
contingencies. A utility that has a very limited budget, or a utility that is merely concerned 
with cost effectiveness, might wish to evaluate the cost effectiveness of “solving” various 
contingencies in order to assure that its money is particularly well spent. 

The utility’s planners could modify the N - 1 contingency-based planning spaioacl 
covered above so that it would rate the consequences of each contingency based on the 
amount of overloads, voltage drops, or shedded load that results. They could weight or 
otherwise adjust this impact using the contingency’s probability of occurrence (based on 
failure rates for equipment types) to obtain a criticality rating for each contingency. They 
could then evaluate the cost of the contingency and divide criticality by cost to obtain a 
cost-effectiveness value for each contingency, a measure of how much reliability they are 
buying by recommending this contingency be covered. 

This approach, while not as good as the more extended probabilistic method to be 
discussed below, is a good starting point when budget or cost effectiveness becomes an 
important issue to a utility’s planners. In one form or another, a prioritized contingency 
ranking method of this type has been applied by many utilities. It can be implemented with 
nothing beyond a well-designed and checked electronic spreadsheet program (template), 
and it improves spending by prioritizing contingencies based on criticality and cost 
effectiveness. One serious drawback is that, in spite of the use of a spreadsheet which is 
simple to use and program, it represents a lot of additional work. Usually, utilities most 
concerned about budget limits and cost effectiveness are the very ones that have cut back on 
planning staffs and that have the most limited resources for planning. 
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Reliability-based planning methodology 


Instead, planners might wish to use an analytical system analysis technique that applies 
probabilities and criticality measures to a feeder system in a rigorous manner. Several 
methods exist and a few are commercially available and well proven. Like contingency- 
based analytical methods, these reliability-based techniques cycle through the T&D system 
model they are given, simulating and evaluating the outage of every component. However, 
the better ones use some type of non-serial ordering, or a form of probabilistic “memory” 
about the capability of individual units of equipment, so that they can correctly analyze the 
likelihood and impact of double, triple, and even higher-order simultaneous outages. Most 
also evaluate the criticality of each contingency situation (whether single or multiple) by 
assessing its results with some form of system security measure (transmission), or by 
computing the number of customers or load out whose service is put in jeopardy 
(distribution). They then identify areas of the system that are most vulnerable for poor 
performance for whatever reason (single, double, or whatever level of contingencies). 

Reliability-based planning methods require more complicated computational algorithms 
than the load flow and short circuit programs traditionally used (most reliability-based 
planning methods require those as subroutines). They require more data. And while there is 
nothing in them beyond that any good power systems engineer can easily master, they 
require time to learn and time to use — a further draw on resources. As a result, reliability- 
based methods are generally not used when the cost-effectiveness issues discussed above 
are the only reliability-related shortfall that a utility finds with traditional contingency-based 
methods. In those cases planners stick with some type of prioritized contingency ranking 
method as discussed above. 


The major deficiency of contingency-based planning/advantage of 
reliability-based planning and when and how it becomes critical 


N - 1, N - 2, and even N - 3 criteria, no matter if and how there are applied using modified 
methods of the type discussed earlier, are insufficient to assure satisfactory operating 
reliability in power systems that have modem (high) equipment utilization rates. One can 
look at the reason why in several ways, but the easiest conceptual starting point is to realize 
that contingencies can occur simultaneously. 

Going back to the 100-mile- versus 4-mile-long line example cited earlier, in many 
systems it is more likely that two 100-mile long lines would be out of service 
simultaneously than that the one 4-mile long line would be out of service.” Furthermore, it 
is virtually certain that the loss of two lines would have more impact, perhaps much more 
impact, on the system than the loss of one line. But an N - 1 method, modified as discussed 
in the two paragraphs above, would never consider that contingency and would miss its 
importance completely. The “cost effectiveness” evaluation would not consider that money 
should be spent to cover that eventuality before any should be spent on covering the outage 
of the 4-mile line. 

Extending a modified contingency-based method to analyze double (N - 2) or triple (N - 
3) contingencies is usually impractical. The method becomes untenable — very labor 
intensive, both because there are so many more contingencies to study and because many 
are more complex and require more post-analysis evaluation and interpretation of results. 


> Assume the failure rate for these lines is uniformly .1 failures/year/mile. Repair times might be 24 
hours for a 100-mile line and 16 hours for the four-mile line (it takes slightly longer to find and drive 
to the repair point on longer lines). The 4-mile-long line will be out of service 6.4 hours per year, but 
the 100-mile lines will be out of service, simultaneously, for 6.6 hours per year. 
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And even N - 2 may not be enough. Some consideration of N - 3 and beyond may be 
necessary to consider all reasonable vulnerabilities in the system.° 

In a system with a traditional level of substation transformer utilization (66%) the 
outage of any single transformer can be handled if the outaged unit has one neighbor of 
equivalent capacity which can accept a short-term emergency loading of 133% of its 
“normal” rating. This means that simultaneous failures are a very “local” concern: as long 
as no other element in the immediate electrical neighborhood has failed, the system will get 
by. But in a system operating at 90% utilization and limited to 135% emergency loading 
(essentially the same emergency level as before) one has to find two neighboring units of 
equal capacity to split an outaged unit’s load during a contingency. And each of those two 
units is twice as likely to already be affected by failures among its neighbors elsewhere — it 
is needed for backup twice as often as before. 

As a result, the importance of “simultaneity” of outages in this system is four times as 
serious as it was at 66% loading. Satisfaction of an N - 1, or even an N - 2 criterion may not 
be sufficient just because it worked well at 66% loading. Even if it is in the vast majority of 
most contingency cases, verifying that fact and finding the exceptions (the author’s 
experience is that there are always exceptions) will take a tremendous amount of work 
using traditional contingency-based planning tools. 

This does not mean that a 90% utilization ratio is not workable, or that it is even 
inadvisable. The potential 36% gain (90/66) in utilization of investment is simply too much 
to ignore, one reason so many utilities have gone to 83%, 90%, and even 100% utilization 
rates. This last rate requires three neighbors of equivalent capacity to split the load and 
results in nine times the sensitivity to simultaneity of outages. Such a system is very 
difficult to design well (for reliable operation) using traditional planning tools. 


An example of “simultaneity” 
impact on high utilization systems 


shows six distribution substations with a transmission line looping through four 
of them in the course of connecting the outermost two. For the sake of this example, it will 
be assumed that the four internal substations in this line of six have a one-line diagram as 
depicted in and the two end stations have distribution sides like that, in addition 
to a switching capability at the high-voltage side, not shown in Figure 14.6’s one-line 
diagram. 

Assume that, although this transmission line is loaded well on all segments, it has been 
successfully contingency-engineered so that if any of its five segments falls out of service, 
it can still serve all five substations it connects with its remaining four segments (but 
perhaps only by operating at emergency ratings). Similarly, even though every one of the 
fourteen (seven substations, two each) distribution substation transformers is loaded to 90% 
of its rating at peak, every substation passes muster on all contingencies, too. As is the case 
at most utilities operating at such high substation utilization factors, this is done by 
transferring about half of the load of any outaged transformer to neighboring substations 
through switching of the feeder network (thus there must be a strong feeder network of the 
type discussed earlier) using the type of designs to be covered in detail later in this chapter. 


® Planners who doubt this conclusion should consider that the severe outage problems in Boston 
(2000) and Chicago (1999) occurred in spite of the fact that both electrical systems had been 
engineered with traditional contingency-based techniques by extremely competent engineering 
staffs. Key elements of both systems were designed to N - 2 criteria — in fact parts of downtown 
Chicago were N - 3. 
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Figure 14.7 Six distribution substations, the two end sites having transmission switching and 
transformation, are linked by a common transmission circuit. As utilization factor on equipment is 
pushed upward, simultaneous failures of buses and transformers among the non-neighboring 
substations begin to “interfere” with one another. The system might be most vulnerable not due to any 
single, large outage, but due to several apparently less important ones that could occur simultaneously, 
eroding its capability. 


Although this system meets N - | contingency criteria, it is quite sensitive to a large 
number of paired outages of transformers anc line segments among any of the six 
distribution substations shown. For example, suppose one transformer is out of service at 
each of substations B and D. The contingency plans for each of these highly loaded 
transformers no doubt call for transfer of part of their load to substation C, which very 
likely cannot handle, and certainly was not contingency planned, to simultaneously serve 
both transfers. Many other pairs of simultaneous transformer outages would create this 
problem. 

A more serious situation develops if any of the transformers at the two end substations 
fails while a segment of the transmission line also fails. A worst case for this situation 
would be a substation transformer failure at substation A, along with the failure of segment 
A-B. The contingency at A is handled by transferring some load to substation B through 
feeder switching. The chain B to E now has more load on it than planned in any of the cases 
that was solved for line segment failures during the contingency analysis. One or more 
segments probably overload, or voltage drops too low. 

And the situation is very likely worse than depicted here. Each of these six substations 
probably has neighbors not shown in Figure 14.7, to north and south of them (and for the 
end substations, east and west, respectively). Failures at those substations would sometimes 
require backup from transformers and feeder switching at these six substations, materially 
affecting the availability of their contingency margin to assist with their own contingencies. 
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Each of these very many simultaneous-contingency cases can be handled: none is 
particularly difficult to assess or to engineer an effective solution. But from a practical 
standpoint a contingency-based planning approach can’t handle them because there are just 
too many. And unless they are prioritized and the serious ones addressed, this system will 
prove unreliable. 

The point is that as utilization rate is pushed higher, the importance of simultaneity of 
outages in a system to operational reliability increases exponentially. The number of 
operational problems that arise from simultaneous contingencies at disparate locations 
skyrockets. One can view this as an increase in the interdependency of equipment at one 
location to equipment at another: at high utilization, every unit is sensitive to outages of not 
one or two neighbors, but perhaps a dozen. Or one can view this as an increase in the 
“neighborhood radius” of equipment that has to be assessed together for purposes of 
evaluating multiple contingencies. Either viewpoint is valid, and both will be explored in 
much more detail in (Chapter 23}s discussion of contingency and reliability planning 
methodology. 

What Contingency and Reliability Basis Methods Mean to Planners 


Regardless of which perspective one uses to view the interaction of reliability with high 
equipment utilization rates, planners of a high utilization system will find themselves in one 
of three situations: 


1. Their planning process ignores simultaneous contingency cases, which leads to 
very poor operating performance in high-utilization areas of their system. 


2.They modify their contingency-based method procedure to use probabilities and 
criticality prioritization to more effectively deal with cost (as described earlier). 
Their method addresses cost but fails to effectively deal with reliability. 


3.They adopt some form of reliability-based planning and engineering that can 
address probabilities, common mode and simultaneous failures, and the load shift 
and loading consequences of switching changes made during contingencies. 


The third approach requires one or more of the comprehensive reliability assessment 
methods described in Chapter 23, methods that use legitimate and rigorously applied 
probabilistic computations to determine how combinations of failures will affect the 
system. The proper type combination of algorithm and data can trace each potential event 
back to the customers it will affect to develop expectations of service problems. 


A change in thinking, not just a change in method 


Contingency-based planning is a guideline-based planning method: a “standard” 
(guideline) is established and applied, one that effectively says “evaluate all equipment 
losses and cover them within (certain specified) criteria.” Planners study the system on a 
case basis and accomplish the job of engineering reliability into a power system implicitly 
and somewhat obliquely by assuring that the system satisfies a guideline’s criteria. 

By contrast, reliability-based planning is a performance-based or target-based planning 
method. Planners evaluate the system against a target (reliability at the distribution level) or 
system security at the transmission level), identify and prioritize where and why the system 
has shortcomings when judged against this target, and determine how to best solve those 
problems so the system will achieve that performance goal. Thus, there is a conceptual 
change needed by planners making the transition from one paradigm to the other. The best 
planner is one who can simultaneously keep both perspectives in mind. 
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Impact on distribution feeder systems 


What does this all mean for distribution feeder planners? There are three important points 
to be made before moving on to feeder planning. 


Utilities that are most concerned about costs are those most likely to push the 
utilization rates on their equipment. Thus, cost-reduction concerns and utilization- 
rate concerns nearly occur simultaneously. 


Feeder strength — the ability to transfer at least some load between substations during 
outages through the feeder system — becomes more and more a required capability in 
systems with higher utilization rates at the subtransmission and substation level. As 
utilities push utilization rates higher, distribution planners will see the burden on 
their system, and the expectation that they can handle the planning needs, increase. 


Pressure to achieve sufficient feeder strength — inter-substation transfer capability — 
at low cost will be immense. This is the topic of the next section and why switch 
capability planning using artful arrangement of configuration and capacity is so 
important. 


14.5 CONTINGENCY SUPPORT AND SWITCHING DESIGN 


Occasionally, equipment in a distribution system fails due to wear and tear, deterioration, or 
damage from weather, vandalism, or other causes. In addition, it is recommended practice 
to have some way in which maintenance or replacement of every element in a system can 
be performed without causing lengthy interruption of electrical service to the customers it 
feeds. Thus, alternate sources, paths, and configurations of service must be planned so that 
both failures and maintenance do not affect customer service beyond a reasonable amount. 
In some cases, planning for alternate routes of service during equipment outages or 
emergencies will be the major aspect influencing selection of a feeder's capacity, type of 
route, or layout. 

At most distribution utilities, nominal design criteria for voltage drop and equipment 
loading are relaxed slightly during contingency and emergency operation. While practices 
vary, many utilities use ANSI C84.1-1989 range A voltages as design criteria for normal 

conditions on their system, and range B for contingencies scenarios. Range A specifies a 
7.5% maximum voltage drop on the primary feeder system (9 volts on a 120 volt scale, 
maximum). However, range B voltage profiles permit up to 13 volts cn a 120 volt scale 
(10.8% voltage drop).’ 

Similarly, loading criteria during emergencies typically permit excursions past the 
limitations set on expected loading during normal service. A particular conductor might be 
rated at a maximum of 500 amps, a substation transformer at 24 MVA for normal service — 
whenever everything is operating as planned. Under emergency or contingency operation, 
however, the conductor might be permitted a loading of 666 amps (133%) for six hours and 
the transformer up to 30 MVA (125%) for four hours. While not all utilities follow these 


7 See for example the IEEE Red Book — Recommended Practice for Electric Power Distribution for 
Industrial Plants. Range A specifies a maximum of 125 volts and a minimum of 117 volts (on a 120 
volt scale) for any service point of the primary distribution system. Range B specifies a range of 127 
to 114 volts. Range A voltages are the design standard for normal operation. Range B voltages are 
permitted due to “operating conditions," but corrective action should be taken to restore voltage to 
range A, within "a reasonable time.“ When voltage falls outside of range B, "prompt corrective 
action" is recommended. 
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specific standards, most follow something similar. The establishment and application of 
emergency loading and voltage standards is a recommended practice, so that while the same 
rigid requirements of normal service need not be met during contingencies, some minimally 
acceptable standards do have to be met to provide a uniform target for contingency 
planning and operations. 

Most urban and suburban feeder systems are laid out so that every feeder has complete 
contingency backup through re-switching of its loads to other sources. Generally, the worst- 
case contingency for a feeder is the outage of its substation getaway — the first segment out 
of the substation — which leaves all the customers served by that feeder without power. In 
the event of the outage of this or any other major segment of the feeder, service can be 
restored by: 


1. opening switches to isolate the portion which is out of service 
2. closing switches to connect the rest of the feeder to other source(s) 


Such switching can usually be done within an hour and leaves only a few customers (those 
with service from the outaged segment) without power while repairs are made. 


Support from the Same Substation 


Typically, planning for support of a feeder during the outage of its getaway or a major trunk 
will arrange to switch it onto an adjacent feeder(s) served by the same substation, as 
opposed to feeders from another substation. There are three reasons why this is desirable: 


Substation load balance. Transferring the feeder to other feeders from the 
substation means that no change is made to the distribution of loadings on the 
substation level and above. 


Feeder load reach. In almost all cases, supporting a feeder from others within its 
substation (as opposed to supporting it from feeders served out of adjacent 
substations) results in shorter contingency power flow distances. This lowers the 
requirement for load reach under contingency conditions. 


Make before break switching is more feasible under a wider range of 
circumsiances. In cases where outages are planned (as for maintenance), even 
momentary interruption of service to customers can be avoided if the tie switch to 
the new source is closed before the tie switch from the present source is opened. 
At times, depending on operating conditions, such “hot feeder switching” 
between substations can be risky — it means paralleling the distribution feeder 
system with the transmission system, if only for a few moments. Slight differences 
in voltage angle among the substations at the transmission Jevel can cause large 
circular flows through the connected feeders, which produce currents exceeding 
the line tie switch interruption capability, so that the “break” back to radial service 
cannot be accomplished. In rare cases hot switching between substations has led to 
circuit overloads sufficient to damage equipment, and in one case to catastrophic 
substation transformer failure. By contrast, hot switching of two feeders emanating 
from the same substation is much less apt to run into such operational problems. 


Single-zone or loop contingency backup 


The simplest approach to feeder contingency backup is to arrange for each feeder to be 
backfed from a single other source, usually another feeder as shown in This is 
the typical arrangement used in what is often called “European” distribution layout, in 
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which feeders are operated as open loops (or, with additional protective equipment in place, 
as closed loops). When operated as closed loops, protective equipment is set to open at both 
ends of a segment upon sensing a fault on the segment. The remainder of the feeder stays in 
service and customers on all other segments notice at most a slight change in voltage. 
Single-zone operation makes for easy operations and quick restoration — in the case of 
closed loop design an outage of a segment causes no interruption except to customers on 
that segment. In the case of open loop or “full rollover,” service to most customers on the 
outaged feeder is restored with between two to four switching operations — open one or two 
switches to isolate the outaged segment and close the open tie (and feeder breaker) to pick 
up the remaining load. 
Single-zone contingency support is the only viable option for certain types of 
distribution design, mainly underground loop cable systems, where it predominates. 
However, such a simple contingency backup scheme requires that the feeder expected to 
pick up the outaged feeder have the capacity to pick up the load of an entire additional 
feeder (against the contingency where it is outaged at the substation) and the load reach to 
move power over the much longer distance required during contingency operation. For a 
loop, this means it must be designed to satisfy all the load when fed only from either end. 
Of course, during contingencies voltage drop and loading limitations are relaxed 
substantially, but even so in practice this means that each feeder faces four times the total 
burden (it must move twice its normal load, on average twice as far) and that it will cost 
nearly double what it would otherwise cost. More than just the tie trunk may have to be 
reinforced. 


= 


Feeder 1 


One Mile substation 
| NO cha te ee 


Feeder 2 


m closed ties 
oopen tie 


Figure 14.8 The simplest possible contingency backup, shown here implemented as it often is in a 
loop feeder layout, involves building feeders in pairs (or if one wishes to view it differently, as two 
halves of a loop) and operating them with an open tie between their ends. Additional switches located 
along the feeder routes permit isolation of outaged segments. 
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Figure 14.9 Two large-trunk feeders (see tied together for contingency support, with the 
feeder on the left supporting both sets of loads. Points A and B are referred to in the text and are 


respectively the tie point and the point of worst voltage drop under contingency operation. Dotted 
lines show the points where voltage drop reaches range B limit with 795 conductor as the trunk 
(voltages are symmetrical about the trunk, but the profiles are shown only for the northern side). 


A point not often appreciated is that reinforcement of the feeder trunk alone (or 
whatever electrical route the additional current during a contingency takes) may not be 
sufficient to provide contingency support and meet range B voltage requirements during a 
contingency. Instead, regardless of the trunk size, some or all of the other conductors in a 
circuit — elements that carry none of the extra current during the contingency — may have io 
be reinforced as well. 

Figure 14.9 shows two 12.47 kV feeders of the large trunk tied together in a single-zone 
contingency form, so that during a contingency one will pick up the other’s load. In the 
contingency scenario shown, the feeder on the left is energized and providing power to the 
entire double-feeder circuit. Every segment in both feeders has been economically sized 
according to the economic line type concepts covered in|Chapters 11] and except the 
trunks, which for tie support purposes are not tapered as economic sizing would prescribe 
(e.g., if designed only for normal circumstances the feeder trunk would utilize tapered 
conductor, beginning with 636 out of the substation and reducing in size as load on the 
trunk decreased moving out toward the end). For tie purposes, the entire length of both 
trunks has been upgraded to 795 MCM, for two reasons. First, contingency load at peak is 
16.2 MW, slightly above the thermal rating of the 636 MCM. Second, as will be seen, large 
conductor is needed for voltage drop reasons. This upgrade increased the original capital 
cost of each feeder by about $110,000 but because the larger conductor reduces losses costs 
over the lifetime of the feeder, the total PW cost increases by only $55,000. 

Under normal (non-contingency) peak circumstances voltage drop at the end of the 795 
MCM trunk on either feeder (the open tie point) will be 3.3%. Another 2.7% voltage drop 
occurs on the one mile of lateral leading from the end of the trunk to point A, resulting in a 
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Table 14.3 Upgrade Cost per Feeder for Contingency Support 


Using a Single-Zone Plan 

Upgrade Capital Total PW 
Trunk from 636 to 795 MCM $110,000 $55,000 
Further increase to 1113 MCM $100,000 $60,000 
Upgrade five miles of lateral $320,000 $160,000 
Total cost of conductor upgrades $530,000 $275,000 
Percent of Total Basic Feeder Cost 29 % 5 % 
Total cost including switches, etc. $572,000 $330,000 


Percent of Total Basic Feeder Cost 19 % 10 % 


maximum (normal) voltage drop on the feeder of 6.0%, well under the 7.5% range A 
voltage drop limitations.* 

Under contingency situations, feeder A will pick up the feeder B at the tie end, resulting 
in a 16.2 MW load, comfortably under the 795 MCM thermal limit of over 18 MW. 
Voltage drop at the tie point is now 8.4%, and at point A, 11.3%, a full volt worse than the 
maximum permitted under range B (contingency) standards. Worse still, the voltage drop at 
the ends of some laterals on feeder B is as low as 11.7 volts, nearly one and one-half volts 
more than permitted. 

Increasing the conductor_size of the trunk will not provide much improvement in 
voltage. As was noted in|Chapter 12| beyond a certain point increasing the conductor size 
adds more ampacity (thermal capacity), but makes only a small improvement in impedance, 
since it reduces only R, not X. Thus, converting the entire length of the trunk of each feeder 
to the largest conductor in the set, 1113 MCM (at an additional $100,000 capital, or 
$60,000 PW, per feeder) brings down the voltage drop at the tie point to 7.8% and at point 
A to 10.5%. (PW cost impact is less than capital cost impact because the larger conductor 
reduces losses costs, somewhat counteracting its increased capital cost in the PW total.) The 
worst voltage drop (on feeder B) is 10.7%, still .4 volt too much. 

Therefore, to comply with range B requirements under this scenario, twenty-two laterals 
— the last two on feeder A and the twenty nearest the tie point on feeder B — need to be 
upgraded with larger conductor to reduce their voltage drop by .4 volt. Since reciprocal 
contingency support (B feeding A) is also desired, this really means the end twenty laterals 
on each feeder must be reinforced. Between one and three segments on each lateral — about 
five miles of conductor in each feeder — must be upgraded in order to reduce voltage drop at 
their end by a sufficient amount. This increases the capital cost by $320,000. PW increases 
by only $160,000 because losses go down somewhat due to the larger conductor. Total 
contingency upgrade cost for this feeder is summarized in [Table 14.1] 


® If designed with the tapered trunk (i.e., 636 MCM tmunk up to a point where load drops below 5.1 
MW, 336 MCM until loading drops below 3.7 MW, then 4/0) the circuit would have 7.1% voltage 
drop at the end point. The larger trunk reduces voltage drop by more than one volt. 
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This example is not a contrived or overly sensitive case. Quite the contrary — it is typical 
of feeder contingency planning in a number of important ways: 


Voltage drop issues for areas of the feeder outside the trunk actually carrying the tie 
current necessitate upgrades to a significant portion of the feeder. 


Contingency support requirements increase initial cost more than PW cost -— 
upgrades increase the capital cost by 19%, but the PW cost by only 10%. 


Although not shown in the example, if the loads in the example grow by 5%, the 
cost of providing contingency support nearly doubles. Typically, contingency 
requirements are very sensitive to load growth. 


Switched Contingency Zones 


An alternate arrangement for contingency support is to make provision to split a feeder into 
several switched zones which are distributed among neighboring feeders during a 
contingency. This produces two advantages. 


The additional load transferred to any neighboring feeder is only a fraction of a full 
feeder load, meaning that the percentage increase in load it sees during an 
emergency is much less than in a loop or full-trunk scheme. 


Generally, the maximum distance (load reach) increase for power flow during an 
emergency is reduced, too. 


As a result, usually only a few strategic segments need be sized above their economical size 
(as determined for normal operations) in order to achieve contingency capability for every 
feeder using this approach. A disadvantage, however, is that more switches have to be 
operated in order to restore service. illustrates this concept, where a feeder 
area is split into three switchable zones. In the event of an outage at the substation, these 
three zones are each transferred to different feeders from this same substation, as shown. 
Each of the three picks up an additional 33% load. This scheme uses a popular contingency 
support method which is to provide switches near the substation to merge two feeders 
within a short distance of the substation (Figure 14.11). 

The dotted line in Figure 14.10 shows that the maximum expected reach (distance as 
electricity flows using the Lebesgue 1 measure) in this “theoretical” example is no longer 
than the longest in normal feeder service. However, as a rough rule of thumb, in practice the 
limited locations at which switches can be arranged means that feeder runs up to 1/8 longer 
(+12.5%) than under normal conditions may have to be accepted as part of such a three- 
zone scheme. 

Therefore, voltage drop on some portions of the feeder system during contingency 
switched operation could be as much as 33% + 12.5% = 45.5% greater than normal. Range 
B voltage tolerance limits permit 13/9 = 144.4% greater voltage drop during contingency 
operation, very nearly the same increase. 

In practice, a zonal scheme with between three and five zones of this nature will usually 
provide complete contingency backup for all feeders, with no additional cost for line 
segment reinforcements. However, line switches have both capital and maintenance costs, 
the planning for multi-zonal schemes is considerably more difficult than for loop or single- 
zone systems, and the required switching operations required during contingencies take 
more time. However, these costs come to far less than the cost of additional capacity 
required for loop or single-zone contingency support, and therefore multi-zone switching is 
the preferred contingency approach for most feeder systems. 
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Figure 14.10 Shown here are the service areas for three of six feeders in the upper half of an 
idealized, hexagonal substation area. Feeder 2's area is shown split into three contingency “zones” — 
A, B, and C — two of which are transferred to adjacent feeders, while that nearest substation (A) is 
“switched across the substation” to a feeder not shown on the other side of the substation. The dotted 
line shows the greatest “theoretical” feeder run under the contingency switched configuration, a 
distance no longer than the normal longest reach needed by this feeder system. 
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Figure 14.11 Switching flexibility “around the substation” is often provided by installing lines and 
switches near the substation as illustrated above for a substation with four feeders. Any one feeder can 
be isolated near the substation and switched onto either of two neighbors. Usually all the switching is 
outside the substation, sometimes located several blocks away. 
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Figure 14.12 Two multi-branch feeders tied together for contingency support, with the feeder at the 
bottom supporting one of three zones from a feeder at its left (only the zone supported is shown). 
Points A and B are referred to in the text and are respectively the points of worst voltage drop on each 
feeder. There are no points where voltage drops below range B limits. A combination of less load to 
transfer during a contingency (the rest of the feeder to the left is picked up by other feeders) and a 
much shorter contingency support distance results in far less voltage drop than in 


Low capital cost for multi-zone contingency schemes 


To illustrate the lower expected cost of providing contingency support with a multi-zone 
scheme, Figure 14.12 shows two 12.47 kV feeders of the multi-branch style tied together in 
a three-zone contingency form, so that during a contingency, the feeder on the right will 
pick up a branch containing 63 of its neighbor's 162 load points, totaling 3.15 MW (39% of 
the load). Every segment in both feeders has been economically sized according to the line 
loading guidelines in with no conductor upgrade. During normal (non- 
contingency) peak load conditions, voltage drop at the (open) tie point on either feeder is 
2.7%, and at points A and B it reaches its maximum of 7.4% (just within range A limits). 
This is essentially a “multi-branch” version of the example given earlier in Figure 14.9. 

In this contingency scenario, the 636 MCM main trunk sees a load of 11.2 MW, 
comfortably below its thermal rating of over 15 MW. The perpendicular leg of this feeder 
uses 4/0 conductor, which sees a contingency load at peak conditions of 6.2 MW, 10% less 
than its thermal limit of 6.8 MW. All other segments are loaded as they are in normal 
circumstances. Voltage drop at the tie point on the supporting feeder increases to 4.3 volts, 
an increase of 1.6 volts. Voltage drop to points A and B increases to 9%, well under the 
range B limit of 10.3 % voltage drop. 

In fact, the feeder shown can actually pick up a second zone without suffering adverse 
overloads or voltage drop effects. Assuming that it picks up a second, similar zone on the 
other side of it, flow on its main trunk rises to 14.3 MW, near but still under its thermal 
limit, and voltage drop at the tie point rises by another .7 volts, to 5 volts, and thus total 
voltage drop at the end points A and B increases to 9.7%, still under range B voltages. 


Copyright © 2004 by Marcel Dekker, Inc. 


Feeder Layout, Switching, and Reliability 513 


Table 14.4 Upgrade Cost per Feeder for Contingency Support 


with a Three-Zone Support Plan 
Upgrade Capital Total PW 
Total cost of conductor upgrades none none 
Percent of total basic feeder cost 0% 0% 
Total cost including switches, etc. $82,000 $110,000 
Percent of total basic feeder cost 4.5 % 2% 

4 \) () 

{} Can be supported 
from the far end 
during line failure 

O Q 
© Normally open 
rs 
One Mile Normally closed 


Figure 14.13 Three-branch/three-zone scheme with nine switches. The purpose of these open ties at 
the end of each branch is not to support the entire branch in the event of a failure (such support is done 
as shown in [Figure 14.12}, but to support only a portion of the load in the event of a failure in the 
branch path closer to the substation. Portions of the loads above the dotted line can be picked up in 
each branch without any upgrade. 


Three-Zone Four-Zone 


| nN 


Figure 14.14 Three- and four-zone contingency plans for a multi-branch style feeder. At the left, the 
multi-branch feeder from Figure 14.13 (above) and parts of two neighboring feeders. Left and right 
branches of the feeder have been isolated (open point at feeder trunk) and switched to a neighboring 
feeder (arrow), center section has been switched around the substation (as law Hl} the 
four-zone plan the middle branch is isolated by an open switch and transferred to a feeder (not shown) 
from another substation. 
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This multi-zone contingency plan obtained greater economy of contingency support 
than the case discussed in through two stratagems. First, it distributed the 
contingency load increase over more feeders and more paths. Second, it kept the 


contingency support paths short.” As a result, it can provide contingency support at very 
little additional cost (Table 14.4). 


Providing Switch Locations to Provide Complete Coverage 


Failures and unexpected events do not always occur as and where expected. Therefore, a 
good contingency plan, multi-zone or otherwise, provides flexibility by locating switches at 
various strategic locations so that parts of a feeder can be picked up in the event of line 
outages at various places. shows the locations of various switches installed on 
the multi-branch feeder from Locating a switch at the end of each branch 
permits a portion of it to be picked up from the far end (assuming a source 1s arranged 
there) should a failure occur somewhere along the branch). 

The purpose of this switch is not to pick up the entire branch from the tail end. To do so 
would create much the same problem encountered in Figure 14.9 with single-zone feeders 
picking one another up from the tail end, and would require the same solution — conductor 
upgrade of various line segments. Provision here has already been made to support the 
entirety of each branch, in the manner shown in Figure 14.12. Rather, the far end switch is a 
feed for part of the feeder in the event of a failure along the branch trunk. 

The segment failure can be removed and the portion of the line restored to service 
through the normally open tie at the feeder end. This provides contingency support to a 
portion of the branch (but generally not all of it without conductor upgrade), improving 
expected customer reliability. If the improvement is not sufficient, conductor upgrade can 
be considered if the cost is justified by the improvement. 


More zones are needed to keep cost low when 
normal loadings are near thermal capacity limits 


One reason that contingency support schemes work well is that there is usually a large 
difference between the economical and thermal load ratings for any particular line type. In 
the economic valuation of conductors given nl Chapter 1] 2. [Table 12.9, the upper end 
of a line type’s economical range was generally about half of its thermal capacity limit. For 
example, the 336 MCM three-phase overhead line listed in Table 12.2 can carry 10.3 MW 
at 12.47 kV, but has an economical range of application of from 3.7 to 5.1 MW. Thus, 
when built on minimum overall cost principles, it will have an emergency load-carrying 
Capacity margin (thermal minus actual load) of at least 100% over peak normal load, which 
provides a cushion for it to accept both the higher loading levels and meet the longer load 
reach needed during contingency operation. 

In systems where the PW evaluation period is very short, cost of future losses 1s 
weighted much less, and economic sizing methods as described in{Chapters 11] and 12 will 
respond by recommending much higher loadings for each conductor type — and 
consequently leave much less operating margin for contingencies. Further, there are always 
a few situations, either due to deliberate design or the effects of years of load growth, where 


? In doing so, this particular case supported the outaged feeder from the same substation that served it, 
a recommended practice for feeder contingency support. However, that is irelevant in this 
discussion. A single zone loop feeder is essentially equivalent in contingency regards to the case 
shown in Figure 14.9, and yet it provides contingency support out of the same substation that 
normally fed the outaged feeder it is supporting. In so doing, however, it uses a long path, one 
reason costs are high. 
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feeder trunks may have no capacity margin at all. In such situations, subdividing feeders 
into more and smaller zones can help keep the additional cost required for 
contingency support (as compared to the cost of what is required to provide only normal 
operation) as low as possible. However, increasing the number of zones adds greatly to the 


complexity of switching operations during contingencies. A general rule of thumb guideline 
on the number of zones required to meet feeder-level contingency requirements is given by: 


Zones required = Max [(1 + E((T - E), 1/(D - 1.125))/B? (14.1) 


where E = the economical rating of lines used for tie support 
T = the thermal rating of lines used for tie support 
D = ratio of maximum voltage drops permitted 
under emergency and normal operation 
B = ratio of capital cost, contingency plan over 
no contingencies planned (i.e., cost of providing 
contingency support is B - 1) 


This rule of thumb evaluates the two different types of constraints that define the 
number of switching zones required. The first is that set by the thermal limit of conductors, 
the second is defined by voltage drop limitations during contingency. One or the other of 
these will limit contingency switching. It also responds to the ratio B, the ratio of cost the 
planner is willing to spend versus the minimum (economic design, no contingency support 
at all), which experience has shown has a squared effect.'® 

As an example, consider a 12.47 kV OH system built with the line types discussed in 
Of the four economical conductors shown in (#2, 4/0, 336 MCM, and 
636 MCM ACSR) the two larger sizes can be expected to be used for switchable trunks and 
feeder ties. These have economical loading points of 5.1 and 8.4 MW, respectively, and 
thermal limits of 10.3 and 14.3 MW. Averaging these two sets of values gives E = 6.77 
MW and T = 12.3 MW. If the contingency/normal voltage drop ratio is 1.43 (Range B over 
range A voltage drops), and it is desired to keep budget ratio to 1.04 (about the best that can 
be done considering the need to add switches, etc., — see Table 14.2), then 


Zones required = Max [1+ 6.77/(12.3 - 6.77), 1/(1.43 - 1L.1253/1.17 
= Max (2.22, 3.27)/1.21 
=2 71 


Effectively, this system will need to be planned with three zones per feeder. On the other 
hand, if the planner is willing to spend 1.5 times the minimum possible layout cost (i.e., 


Table 14.1) in order to gain contingency support, then 


Zones required = Max (2.22, 3.27))/3.38 
= 97 


and the system can support contingency operation of feeders and transformers with single- 
zone/loop configurations. 


’ This is an empirical nule of thumb, for which the author offers no explanation other than it is useful 
and works after a fashion. 
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Three zones per feeder with a capital cost premium of only about 4% above minimum 
and single-zone operation with a premium of about 33% are fairly typical values to find in 
traditional distribution planning, the type that uses cost of losses evaluated on a PW basis 
over 20 or more years into the future to size conductor. That period of evaluation leaves 
conductors loaded to roughly 50% of thermal rating when applied most economically (.e., 
(T - EVE is close to 100%). Shorter periods of evaluation or very low values assigned to 
electrical losses costs will reduce this available margin. The computation indicates that as 
(T - EVE shrinks to 33%, then five zones per feeder are necessary if budget ratio is to be 
kept to a minimum of 1.05, and so forth. 

Zone planning for contingencies is also sensitive to the ratio of contingency to normal 
voltage drops permitted. If D is reduced from 1.43 to 1.33, then the number of zones 
required if cost escalation is to be kept to a minimum rises to 4.4 (effectively a voltage ratio 
of 1.33 requires five zones per feeder or a cost premium of 10% and four zones). The 
budget premium required to maintain single-zone capability rises to 120% minimum no- 
contingency cost. If D is relaxed to 1.66, then the number of zones required drops to only 
two, and the cost premium to obtain single-zone capability falls to only 50%. 


zones do not have to be switched to 
separate feeders, only to “separate paths” 


The different zones in a feeder do not necessarily have to be switched onto different feeders 
in a contingency to stay within capacity and voltage drop constraints, but they must be 


switched onto different paths, so that the extra flows a cause share only a minimal 


common path. This was illustrated in the discussion of [Figure 14.12 earlier in this chapter, 


~«a——— twomiles ——} 


Figure 14.15 A feeder divided into six zones is transferred during contingency situations to three 
other feeders, each of those picking up two zones. Only small portions of each feeder (thick lines) will 
need reinforcement above economic rating in order to support this contingency scheme, even if 
normal loadings are up to 83% of thermal. Open circles indicate normally closed switches that are 
opened, arrows normally open switches that are closed. Contingency transfer requires a total of 12 
switching operations. 
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where it was pointed out that without any conductor upgrades, the multi-branch feeder 
shown could pick up a branch on both sides of it during contingency situations. And while 
that feeder and its contingency support capability are very robust, if normal loadings were 
increased by about 10% (as they would be if the conductor tables used for line sizing were 
based on a five to eight year future cost evaluation period, not 30 years) a feeder designed 
in accordance with the more heavily recommended loading tables would not have as much 
difference between E, the loadings designed for normal operation, and T, the maximum 
capability of its conductors, in an emergency. As a result, contingency plans may run into 
capacity, rather than voltage drop, problems."’ A design response is to divide a feeder into 
more zones and transfer each of these smaller zones onto different paths. Thus, the same 
amount of load may still be transferred to each neighboring feeder, but this can be done 
under a more restrictive contingency capacity margin (i.e., a smaller T - E) by distributing it 


along more paths. 

shows a feeder with six zones (about the maximum that is generally ever 
thought to be practicable with manual switching), part of a distribution system that is 
planned to take advantage of this situation, in which two zones from this feeder are 
transferred to each of three neighboring feeders. Each of the two zones transferred to the 
same feeder is supported through a largely independent path. This arrangement can perform 
to range B voltage and loading limitations at about 15% higher normal loadings (1.e., with E 
a much larger portion of T) than a plan switched in only three zones or four zones. It is both 
the division of the outaged feeder into six separate load modules and the use of two instead 
of one path in each support feeder that contribute to lower voltage drop increases during 
contingency operation. 


“Many-Zone” Switching Complexity Has a Cost of Its Own 


It is possible to create feeder system layouts that achieve remarkable contingency support 
economics, even as their normal peak loading levels approach thermal capacity, by utilizing 
six, seven, or even nine switchable zones per feeder. Such plans are of questionable 
practicality and effectiveness because of the complexity and time required for the switching 
operation. 

As an example, consider an extreme case, a feeder system laid out with nine switchable 
zones per feeder. Equation 14.1 predicts a need for nine zones when the contingency to 
normal voltage drop ratio is 1.43, lines are loaded by design to 90% of their thermal rating 
at normal peak conditions, and no more than a 5% premium is to be paid for achieving 
contingency support capability. It is possible (although difficult) to design feeders with nine 


'! There is a complication here with regard to the earlier example. There, a change in conductor 
economics brought about by a shorter PW period would not change the conductors selected — 
increasing loading would decrease load reach, and the feeders shown require a reach near the 
maximum that the example conductor can provide. Those feeders need that load reach and thus need 
the conductor sizes/loadings erable 12:3 fa to perform within range A voltage drop requirements 
— the sizes are required other than just economic reasons. In this sense, they represented optimized 
designs where their distance and layout were compatible with the capabilities of an economic 
conductor set (and vice versa) as determined along the lines of the stratagems discussed in 
[12]and However, in cases where a utility decreases evaluation period, or otherwise increases the 
target conductor loadings, the result is that the ratio E/T increases, and Jess margin is left for 
contingency operation. Hence, the marginal cost for providing contingency capability may rise even 
as the base cost of moving power drops as a result of the re-rating of the line types. 
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Figure 14.16 Alternating the feeders from different transformers by rotation as shown here makes 
contingency support for the transformer level via feeder switching somewhat easier to arrange. Here, 
shading indicates which of two transformers feed each of six feeders. If either transformer is lost, each 
of its feeders lies between feeders which are still in service, making the job of picking up its load from 
those remaining in service somewhat easier. 


switchable zones. But such a scheme would require a total of eighteen switching operations 
to complete each feeder transfer. 

Each switching operation requires only 5 to 15 minutes including drive time, and 
contingencies are rare, so that the total lifetime PW cost of making switching operations for 
this nine-zone circuit would be small — insignificant compared to the predicted savings 
effected by using such a high multi-zonal contingency plan rather than increasing capacity 
so that a four- or five-zone scheme could work. 

However, such a switching scheme is impractical, and will not improve customer 
reliability substantially. Switching operations often have to be done serially and usually 
only one or two switching crews are available. Eighteen switch operations could take up to 
four and one-half hours to complete — hardly “quick” restoration. Beyond that, complicated 
switching schemes provide potential for human error.'* When operations must be done 
manually, the recommended maximum practival limit 1s six to eight switching operations 
(three to four zones), which when scheduled correctly should take about one-half hour to 
complete. When switches are by remote control or automatic, a dozen or more switching 
operations may be feasible in a switching series. 


Feeder Layout to Support Substation Transformer Outages 


Most major distribution substations consist of two or more transmission-to-primary voltage 
transformers, each feeding a low-side bus from which between two to six feeders draw 
power. When a substation transformer or its low-side bus is out of service, power flow to 
the group of feeders it serves is interrupted. Some distribution systems are planned so that 
this whole group of feeders can be re-switched to alternate sources, thus avoiding extended 
customer interruptions when the transformer or its buses are out of service. 
“Transformer-level” contingency support is almost always more expensive to arrange 
than contingency support for only individual feeder outages. More load must be supported 


'2 Contingencies usually occur during storms, when resources are scattered and stretched to the limit, 
communication is imperfect and crews have been working long periods of overtime — conditions that 
make errors almost inevitable. 
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during these contingency scenarios than when only a single feeder is out of service, 
meaning that either a greater capacity margin must be set aside for contingency purposes, or 
the outaged load must be switched over greater distances, or both. 

Usually, in systems that adopt this contingency support policy, the feeder system is laid 
out so that when viewed in rotation around the substation, feeders alternate between 
transformers, as shown in This arrangement provides support on both sides 
for each of a transformer's feeders during the contingency — whenever a transformer is out 
of service, feeders connected to transformers that are in service will be on both sides of it. 

Transformer outage contingency support can be accomplished within either a single- or 
multi-zone framework. However, a substation design policy calling for N transformers per 
substation is “naturally compatible” with a feeder-level contingency support plan built 
around it using N - I switchable zones per feeder in that transformer outages can be 
supported with the same feeder design, and at basically no more cost, as feeder outages 
alone. For example, single-zone feeder contingency plans can usually accommodate 
transformer outage support in a two-transformer substation plan, with no additional feeder 
capacity and few changes in switch plans. When designed for feeder-level contingency 
support, each feeder has the capacity and reach to pick up another feeder. In a transformer 
outage, each feeder is being asked to do no more than that. For example, in Figure 14.16, if 
one of the two substation transformers failed, leaving three feeders without power, the three 
that remain in service could each individually pick up one neighboring feeder. Service 
would be restored (assuming the remaining transformer has sufficient capacity to handle the 
load). Little additional cost or complexity would be required in a single-zone or loop 
scheme in order to achieve contingency support of this type, satisfying both feeder and 
transformer failure scenarios. 

However, a multi-zone contingency support scheme for this same two transformer 
substation (Figure 14.16) would present a far different situation. If the three-zone feeder 
transfer scheme shown earlier is used during transformer contingencies in Figure 14.16, 
each of the three remaining feeders would have to pick up 100% additional load, and the 
three-zone contingency planning gains nothing in terms of reduced capacity required over 
single-zone contingency support. Transfer of one or more zones to another substation and 
clever design of the zones and “multiple path” switching can reduce the additional capacity 
requirement substantially, at the cost of greatly increased operational complexity. However, 
a three-zone scheme would probably need significant reinforcement of conductor size in 
order to be able to provide transformer level contingency support for any two transformer 
substation. 

On the other hand, a three-zone contingency support feeder system requires little 
modification in order to provide transformer contingency support, too, if four transformers 
have been specified per substation.'* Used in a balanced design, four transformers would 
mean that three out of every four feeders would be left in service whenever any one 
transformer was out of service. Each feeder remaining in service could take one zone of a 
feeder out of service, giving it a 33% overload, exactly as is normally planned for feeder 
support. Potentially, no additional cost of capacity or load reach is required. 


Layout to Support Complete Substation Outages 


In a few cases distribution feeder systems are designed so that the load served by an entire 
substation can be served during a substation outage by transferring all of it to nearby 
substations via feeder switching. Only a small minority of distribution utilities build such 


3 Such a substation would very likely have 12 feeders — three per transformer. 
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Table 14.5 Relative Capital Cost of Various Types of Feeder Layout 
When Providing Different Levels of Contingency Support* 


Transformers Switchable Zones Providing Support for . . 
per Substation per Feeder Feeders Transf. Entire Sub 
i 1 1.35 1.40 1.40 

2 1.15 1.25 135 

3 1.05 1.25 1.30 

4 1.05 23 1.25 
Z 1 1.35 1.40 1.40 

Z L5 1.25 1.35 

3 1.10 1.15 1.30 

4 1.10 1.10 1.25 
3 1 135 1.40 1.40 

2 1.15 1.15 125 

E) 1.10 1.10 1.30 

4 1.05 1.10 1.25 
4 1.35 1.40 1.40 


1.15 1.15 1.35 

. 1.10 1.30 
1.05 1.05 1.25 

* Value of 1.0 is assigned to the cost of a feeder system planned only from the 

standpoint of meeting peak load at lowest cost using conductor tables (Chapter 12}. 


bh WN = 
—" 
cm] 
A 


Table 14.6 SAIDI for the Systems Covered in Table 14.5, Assuming Only Manual Switching and 
Automated Switching that Requires Only 15% of the Time for Manual Switching - Minutes 


Transformers Switchable Manual Switching Automated Switching 
Per Zones Providing Support for . . Providing Support for. . . 
Substation Per Feeder Feeders Transf. Entire Sub Feeders Transf. Entire Sub 
1 1 163 145 133 68 65 63 
Z 174 159 149 69 67 65 
3 180 168 160 71 69 67 
4 185 176 170 71 70 69 
Z 1 158 143 131 67 64 62 
z 169 156 146 69 67 65 
3 175 165 157 70 68 67 
4 180 173 167 71 69 68 
3 1 148 139 127 65 64 62 
Z 159 151 141 67 66 64 
3 165 159 151 68 67 66 
4 170 166 160 69 68 67 
4 I 138 135 123 63 63 61 
2 149 146 136 65 65 63 
3 155 153 145 66 66 65 
4 160 159 153 67 67 66 
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levels of support into their feeder system as a matter of policy at all substations. For the 
most part, these tend to be suburban utilities that have a one-transformer policy at their 
substations as a legacy from when their territories were rural. The author knows of only one 
large US utility (over 2,000 MW load) that has 80% or more feeder strength on 80% or 
more of its substations. . 

Generally, throughout the US electric industry, full substation contingency support 
(100% strength, as defined earlier, of the local feeder system) is provided only in special 
circumstances, for example when a substation is served by a radial transmission circuit and 
thus more prone to outages than average, or when the substation serves critical loads, or 
when repair or replacement of its equipment is expected to take much longer than average. 

gives an indication of how feeder system costs vary for different types of 
substation/feeder systems built to provide varying levels of contingency support. The values 
shown in the rightmost three columns represent respectively the estimated total primary 
feeder system costs for: 


a feeder system that has a viable contingency capability to provide coverage for the 
loss of any feeder branch or trunk segment 


a feeder system that has a viable contingency capability to provide coverage for the 
loss of any feeder branch or trunk segment or the loss of any substation transformer 
and its low-side bus 


a feeder system that has a viable contingency capability to provide coverage for the 
loss of any feeder branch or trunk, any substation transformer, or any substation. 


is based on a system broadly like that of the western portion of Houston, 
Texas, and restricted operation with ANSI A and ANSI B service guidelines, along with a 
133% maximum loading criterion on substation transformers during any contingency. All 
scenarios involving the loss of a “transformer” or a loss of a substation assume that the 
transformers’ low-side bus is unavailable (i.e., it cannot be used for switching), but that ties 
to it can be opened. All scenarios also avoid any use of “near substation switching” as 
depicted in [Figure 14.11]: ie., all switching and support has to be done through the feeder 
system itself. No weather variation was taken into account on the peak loads, although 
weather normalized loads (90% summers) were used. The table does not take into account 
the lifetime savings that a utility might derive from losses due to the larger conductor used 
-for contingency capability. Nor, however, does it include costs that might be incurred 
because such conductor requires additional low-side (feeder) breaker capability at the 
substation (neither detail was examined in the cases studied). Values are rounded to the 
nearest 5%. This table generalizes many factors that vary considerably from utility to 
utility. However, there are several interesting contrasts among the relative costs shown in 
this table which are representative of radial feeder system capabilities in general: 


Multi-zone schemes lower the cost. The more switchable zones (and tie points) that 
planners build into a feeder system, the lower the ultimate cost for a system that can, 
at least theoretically, provide a backup scenario for every contingency. 


Multi-zone schemes have more advantage at the feeder level than the transformer or 
substation levels. Multi-zone_ schemes always have a lower cost for equivalent 
theoretical capability. In}Table 14.5| 4-zone schemes provide a 28% advantage over 
1-zone schemes for feeder-level contingency support capability, but only a 15% cost 
advantage at the substation level. 
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As was shown in multi-zone contingency support schemes can materially 
reduce the additional cost required to provide contingency support at both feeder and 
transformer levels over single-zone or loop approaches. However, one must keep in mind 
that these are costs for contingency capability, not reliability. In fact, this is a very good 
demonstration of the difference between contingency- and reliability-based analysis. 

In operation, any multi-zone switching scheme will take more time to complete than 
single-zone coverage, particularly if switching is done manually, because there are more 
switches to operate and outage duration will be longer. Thus, the scenarios shown in 
and do not represent equivalent levels of reliability; they 
represent scenarios that satisfy equivalent contingency criteria. Schemes using multiple 
zones will require longer to restore through switching. They will have a slightly higher 
SAIDI than single- or few-zone schemes. 


Switch Timing, SAIDI, and Zonal Complexity 


shows estimated values of SAIDI for the various situations depicted in Table 
14.5, assuming all manual or all automated switching. The amount of SAIDI difference 
between simple-to-operate (single zone) schemes and difficult-to-operate (four-zone or 
more) feeder schemes depends on a host of factors: the type of local geography, the number 
of dispatchable crews available, the weather, etc. But the SAIDI margin depends mostly on 
the switching speed. Good IT support (so operators know the system status well and make 
few mistakes) along with automated or automatic switching will enable operators to handle 
complicated switching schemes: as a result the SAIDI increase due to the additional 
complexity will be minor as shown. But in systems with only manual switches, the 
difference can be very significant, particularly if the system is dispersed over a large region 
with long driving times between switches. 


Again, Cost for Equivalent Performance Is the Real Issue 


The estimated relative costs shown in Table 14.5 cover only the cost of the primary feeder 
system, which are only part of the total system cost. The decision on what approach a utility 
should take for configuration, capacity, and switching of the feeder system should be made 
with a system perspective, seeking to determine the overall least-cost way to achieve 
targeted performance at the customer level, while considering all costs and all questions for 
the feeder system and for the substation and other levels of the system. The contingency 
support design of the substation and feeder levels should be selected so that overall 
customer reliability targets are met with the lowest possible cost. This means (as much as is 
practicably possible) selecting the number of transformers and type of substation design, 
and the style of feeder layout and number of switchable zones per feeder, so that the cost of 
reliability improvement has the same marginal cost at both the substation and feeder levels. 
Later chapters, particularly|Chapters 17| and will discuss this at length. But a point often 
missed is that such decisions on overall planning guidelines should be made explicitly: 
many utilities carry on building the same types of systems they have built in the past 
without fully evaluating how their needs have changed and how they might improve 
cost/performance if they changed guidelines. 


Cost, Reliability, and Feeder Guidelines Cannot Be Generalized 


As was mentioned above, Table 14.5 is reasonably representative of how feeder costs will 
vary as a function of contingency application. While there are a number of factors that vary 
from system to system, results for any one utility system will be somewhat similar to those 
in another. Table 14.6 is much less generalizable: there are myriad additional factors that 
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affect reliability and not contingency capability, such as switching time, dispatching 
efficiency, equipment condition, etc. Thus, one table can not be representative. Instead, 
is merely illustrative of the variations that can occur in reliability and the type of 
impact switching time and substation transformer count can make. Further, this discussion 
has not been extended to include any total cost versus total reliability tables building on this 
example, because total cost would include so many additional variables that any one table 
would not even be illustrative of typical situations. Cost versus reliability can be optimized 
(or nearly optimized) for any one utility system, but it cannot be generalized: what works 
well in one system can actually be counterproductive in another. 


14.6 PROTECTION AND SECTIONALIZATION OF THE FEEDER SYSTEM 


Protection engineering for a distribution system involves selecting equipment and installing 
it on the power system so that public and utility personnel and property, and power system 
equipment, are all protected from injury and damage due to unforeseen operating events, 
especially failures of equipment or faults caused by damage or objects foreign to the 
system. 

The primary purpose of protection engineering is 

safety and protection, not customer service reliability. 


Protection engineering is a challenging and multifaceted endeavor, perhaps the most 
intricate and complicated aspect of power system engineering (at least if it is done well). 
This section summarizes the basic concepts of protection engineering and explains how 
they interact with distribution planning, switching, and reliability, so that those planners 
who are unfamiliar with protection engineering can understand its role in distribution 
planning. It also addresses salient points of sectionalization — the deliberate design of 
protection schemes for segmentation of a feeder into “isolate-able” sections for purposes of 
minimizing the service interruptions that outages cause. A number of other books cover 
protection engineering in much more detail. In particular, Chapter 4 of Burke (1994) is a 
good introduction to distribution-level protection engineering in all its dimensions. 


Protection Is an Engineering Function 


Protection coordination of the distribution system is typically an Engineering department 
not a Planning department function. It involves selecting equipment whose capabilities and 
characteristics match the protection needs of the system on a local basis and specification of 
their use in appropriate manners on each feeder, e.g., setting relays and installing fuses so 
they “see” all faults that could occur and assuring that interruption duties always exceed the 
maximum short-circuit level expected at any location. 

That said, the manner in which the protection is applied, particularly the determination 
of the number and locations of the protective devices installed on the distribution system 
and the coordination of their operating characteristics, has a great deal to do with the 
reliability of service that the utility’s customers see. Good protection coordination, as it is 
called, can both assuage injury and damage concerns and reduce the amount of 
interruptions caused by outages of inoperable or faulted equipment. 


Over-voltage and over-current protection 


Circuits should be protected both against over-voltage and over-current situations. Over- 
voltage is caused by lightning strikes, switching surges, and other transient events as well as 
abnormal load conditions and unbalanced equipment or partial line outages. Over-current 
conditions are due to faults (short circuits), either phase-to-phase or phase-to-ground, which 
are caused by damage from something foreign to the system (a tree falling across a line, a 
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car hitting a pole) or equipment failure. This section will focus mostly on over-current 
protection and sectionalization, which interacts much more with other system-related 
aspects of planning and the decisions planners must make than over-voltage protection. 

Any over-current condition that occurs on the system must be terminated as quickly as 
feasible: continuation will quickly damage equipment and may prove dangerous to utility 
personnel or the public at large. This is done by interrupting the current path using a circuit 
breaker, fuse, recloser, sectionalizer or other device. Over-current protection engineering 
involves determining where such equipment might be needed, what characteristics and 
capabilities it will need, and how it should be positioned or calibrated to perform best. 


Protection and its involvement with planning 


Protection engineering interacts with planning mostly in two areas of system layout and 
specification. First, protection often puts constraints on the equipment or the designs that 
planners can use in their distribution network. This can be constraints that apply only to 
specific cases (“In this one case our protection scheme will not permit us to use that 
design.”) or general constraints that apply to all feeders and to all planning. 

As an example of the former, the available fault duty at a particular substation might 
preclude the use of the very large conductor as the feeder trunk because the substation’s 
high fault capability in combination with a large conductor’s low impedance would create 
fault levels on the feeder that exceed the highest rating of approved low-side feeder 
breakers.'* Beyond limiting the size of trunk and capacity of any feeder, this would impact 
switching plans: it would preclude the use of “near substation switching” schemes as 
depicted in because the conductor size permitted for the “loop” around the 
substation might be smaller than the planner would like from an ampacity standpoint. 

An example of the second, more general type of constraint would be a utility that had 
decided that all laterals will be protected with a 65T fuse regardless of load, wire size, or the 
lateral’s location near or far from the substation. The use of a single size simplifies field 
operations, and the uniform use of a rather large fuse for this purpose reduces the number of 
instances of false operation due to cold-load or motor starting situations. However, it may 
result in less than optimal coordination and a substantial difference between the 
“theoretical” reliability of a circuit (that assuming all protection is coordinated) and the 
actual reliability when practical matters that inhibit coordination are iaken into account. 
Regardless, in this case the utility has decided that the benefits outweigh the disadvantages: 
planners will have to plan sectionalization around uniform use of 65T fuses. 


Protective Equipment for Distribution Systems 


The equipment used to protect a power system includes sensors, relays, and interrupting 
equipment itself. Sensors include potential and current transformers and the equipment that 
translates signals from those units into interpretations of voltage, current, phase angle, 
loading, and imbalance which are monitored by the protective systems. Relays contain the 
“smarts” of the protection system. Typical modern usage applies the words “relay” and 
“relaying” to all equipment that takes inputs from sensors and other control courses (e.g., 
SCADA) and determines if, when, and how to operate protective equipment. In the early 
part of the power system era (1890 to present) relaying equipment consisted of sets of 
relays, “programmed” through their interconnection in parallel and series arrangement. 


‘4 Frankly, this should rarely if ever happen. A utility should have an approved breaker with a fault 
rating high enough to meet all but the most unusual of circumstances for any systems built from 
other approved elements of its standard approved equipment set. 
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Today, much “relaying” is done by digital computer and much faster, more flexible, and 
accurate than the electro-mechanical systems from which the term originated. 

The protective equipment itself consists of interrupting devices that can interrupt (stop) 
a fault and de-energize and isolate the damaged or malfunctioning portion of the system. 
This include several categories of device, each briefly described below. 


Breakers 


Circuit breakers are switches that can interrupt normal operating currents as well as the very 
high currents associated with a fault. They are designed to be able to close into a fault as 
well as open one, so that they can be used in reclosing operations and in complicated 
protection schemes that involve rapid serial operation of several breakers. Circuit breakers 
utilize a combination of clever design, mechanical/thermal strength, and very high 
switching speed to open and extinguish large (over 50,000 amps in some cases) currents 
(Browne, 1984; Garzon, 1997). They have numerous moving parts and are among the most 
critically designed components in a power system, in the sense that their key components 
have been engineered right up to their mechanical, material, and physical limits. They 
require periodic inspection and service maintenance in order to perform well. 

Circuit breakers are typically installed in substations and generating plant switchyards. 
In addition, utilization and lower primary voltage breakers (e.g., 4 kV) are typically used 
throughout the power distribution wiring in any large industrial facility for local protection 
of motors and equipment. Breakers are available for AC or DC application, designed for all 
voltage ranges from service level to ultra high voltage, and rated for various fault-current 
duties — the maximum current level they can interrupt. Breakers are available as single- 
phase units in all voltage ranges and capacities, but regardless those at higher voltage levels 
are used and operated only as a three-phase set. Units containing all three phases in one 
“box” are also available in some voltage ranges. Power system breakers are typically 
supplied without the sensors and relays required to operate them, so that protection 
engineers can separately specify those equipments. This provides maximum flexibility of 
protection engineering and application. 


Switches 


A switch is a connection that can be closed to connect 2 circuit or opened to interrupt a 
current path. Switches cannot interrupt a fault current. Most switches are rated with a 
maximum current that they can open (i.e., they can be used to interrupt a live circuit 
carrying load) and can close into a load, but not a fault. However, there are situations where 
a switch can not be used to open or close any current — it is intended and is safe to be 
operated only when the circuit is de-energized. Planners, engineers, and operators need to 
verify ratings and expected current flow carefully before operating switches and breakers.’° 


Fuses 


Fuses operate normally closed and open only once, clearing a fault through a process that 
destroys or “uses up” the fuse. Although transmission-level fuses are available and have 
been used, normally fuses are used only on low and medium voltage applications, and are 


'S Some of the most grisly “accidents” the author has seen were the result of operating switches 
beyond their current interruption rating, or using equipment not intended for intermption as a switch 
(UG cable elbows). Any switch or breaker will almost always be able to carry more current when 
closed than it is capable of opening safely. Thus, the fact that it is carrying a current does not imply 
that it can interrupt it. The worst situation is created by closing a switch or breaker into a circuit that 
creates a current flow that is both more than it can open and more than it can carry. 
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always installed in a cutout of some type, or an equivalent type of holder. Advantages of 
fuses over breakers are a much lower cost, a smaller size, and no need for routine 
maintenance, coupled with a much faster response time. Disadvantages are that they can 
operate only once, after which they must be manually replaced, and thus they cannot 
reclose. In addition, although a very wide range of fuse types and sizes are available, the 
choice of T-C curves is somewhat limited by the physical design and principles behind the 
fuses, and they do not give all the flexibility of coordination that some breakers may 
provide. 


Cutouts 


A cutout is a single-phase insulated bracket with a barrel or other type of holder that 
contains a primary-voltage fuse used anytime a circuit or part of a circuit is fused. Overhead 
cutouts are mountable on poles and cross arms and are put in series with the circuit to 
protect the upstream portion from faults on the downstream portion. Underground units fit 
in a pad-mount box. Cutouts are designed to hold a variety of fuse sizes, so that the same 
cutout can be used for a range of fuse sizes, say anything from a 15 amp to a 100 amp fuse 
link, etc. There are various voltage and capacity ratings, however; not all cutouts are alike 
nor will one type necessarily fit or serve where another type has been used. Three cutouts 
are used for a three-phase fuse placement. However, they operate on a single-phase basis (a 
fault on one phase opens only that phase). 

Although designs vary, typically the barrel or holder-arm containing the fuse opens on 
an overhead unit and rotates to hang down from the cutout whenever the fuse has blown, 
providing a visible indication of an open circuit. In addition, the barrel is designed to be 
removable, so that an operator working from the ground with a hot stick can manually open 
or close the cutout and/or remove the barrel (fuse holder) so that the fuse link can be 
replaced (to change the fuse size or when the fuse has blown) and the arm re-inserted and 
closed, once again completing the circuit. 


Reclosers 


Most circuits breakers are designed for very high fault duty (the type seen at the substation) 
and are rather bulky as a result, being intended only for mounting on the ground in a 
substation. A recloser is a breaker/switch thai has both lower fault duty and lighter/compact 
design, designed to be installed on a circuit some distance from the substation (where the 
fault duty is lower than near the substation). Unlike circuit breakers, reclosers typically 
include the accompanying sensors and relay as part of an all-inclusive unit design. 
Traditional reciosers used electro-mechanical controls that provided considerable choice of 
timing and T-C characteristics. Modern reclosers use programmable digital control and 
offer greater flexibility and an ability to be re-programmed dynamically by remote signal 
when the utility operators need to change their characteristics. 


Sectionalizers 


A sectionalizer is a “smart programmable switch” designed to coordinate with a 
reclosing breaker or recloser. A sectionalizer is not capable of opening a fault current. Like 
a recloser it is a single comprehensive unit, including sensors, control, and switch and 
activation mechanisms. A sectionalizer is installed downstream of a recloser and 
programmed to “count” the number of faults that flow through it and open during the 
brief “dead period” following a certain number of recloser operations. Sometimes, reclosers 
with digital electronic contro] are programmed to act like sectionalizers during some 
situations. 
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Reclosing fuses 


The author has seen two examples of a “revolver fuse” — what might be termed a reclosing 
cutout. This is a revolver-like assembly that holds six primary-voltage fuses, powered by a 
spring-activated timer mechanism that will re-close by rotating and closing in the next fuse 
automatically. Reclosing fuses were used as low-cost but high-speed reclosing substation 
feeder and subtransmission breakers by some utilities in the mid 20" century, but are now 
mostly obsolete. 


Time-Current Curves 


Any overcurrent protective device can be characterized by its T-C (time-current) curve 
which describes the time the device will take to operate as a function of fault current; higher 
fault currents almost always result in quicker operation. T-C curves are the most basic and 
common engineering characteristic used in protection engineering. Several are illustrated in 
Figure 14.17. 

The specific shape of a T-C curve — how the device’s interruption time varies as a 
function of the current it sees — depends on the characteristics of the protective device and is 
usually the deliberate result of considerable engineering effort. The T-C curve for any 
circuit breaker is defined by both the T-C of the sensor-relay combination used to operate 
the breaker and the operating characteristics of the breaker itself, which are usually not a 
function of current level. Curves A and B in show the T-C curve for a relay 
which operates in as little as 1 cycle and the curve that results for the combination of this 
relay with a breaker that always takes 6 cycles to open. 
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Figure 14.17 T-C curves for several protective devices, including those for a relay alone (A) and the 
combination of this relay and a circuit breaker that takes six cycles to open (B). 
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A good deal of innovation and attention goes into the design of relays, circuit breakers, 
and fuses in order to fashion specific T-C curve shapes that will provide desired capabilities 
for protection. However, fuses and mechanical relays have definite limits on the possible T- 
C curve shapes they can provide due to the physics involved. Electronic relays (digital 
breaker control computers) provide much faster, more consistently accurate, and more 
flexible ranges of possible T-C curves. Breakers, particularly mechanical breakers (there are 
all-electronic ones available in only very limited cases), always have definite time 
requirements due to the inertia and mechanical limits of their moving parts. As a result, 
there are limitations on the shape of T-C curves and thus on the coordination that is possible 
of protection schemes 


Protection Coordination 


Protection coordination involves the matching of T-C curves for protective devices and 
other aspects (expected fault duty, location) on a circuit so that: 


1. The device(s) will respond appropriately to provide protection. Engineers must 
first determine what fault currents are expected, which is done with short-circuit 
or fault analysis computations. They must make certain that breakers and fuses 
have fault ratings above the highest fault current that the equipment will see. 
Protection engineers must also assure that the T-C curves match their needed 
results, that the devices will operate and operate quickly enough but not too 
quickly (e.g., a particular relay-breaker combination may operate too slowly at 
low fault levels and be unacceptable). 


2. Multiple devices on a circuit will “work together” to sectionalize the line 
properly. Although there are situations where an entire circuit can be protected by 
a single protective device, most circuits have two or more protective devices, 
installed at different locations, so that only the smallest possible portion of the 
circuit is isolated when a fault occurs. The T-C curves of these devices must be 
matched one to the other(s) and to the fault levels at their location so that the 
appropriate device will operate as needed. 


“Sectionalization” Done Purely for Protection Purposes 


More than a one protective device — two in series — may be needed for adequate protection 
of a feeder because one device alone cannot protect the entire circuit. shows a 
simplified example, a long single-trunk feeder with many thin-wire laterals that 
consequently has a wide range of possible fault current levels. Near the substation the 
expected fault current is relatively high, 3,800 amps, but near the end of farthest-out lateral 
the lowest expected fault current is less than the feeder’s normal peak load current. A single 
device cannot protect the entire feeder, because it cannot distinguish between a fault at the 
end of a lateral, which is an abnormal and unacceptable operating condition, and the full- 
load current of the feeder trunk, which is a normal operating condition. 

The solution for this situation begins by selecting a substation feeder breaker than can 
interrupt at least 3,800 amps, the maximum expected — the feeder is not protected unless the 
protective devices have fault ratings exceeding the fault levels. The breaker relay would be 
set to open the breaker as quickly as possible only if it senses a current of more than 600 
amps on any phase. A fuse (actually three fused cutouts, one for each phase) is then placed 
on the feeder trunk at a point A, where the full load current is 58 amps, and the maximum 
fault current 700 amps. The fuse must have three characteristics: (1) it must be able to 
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interrupt at least 700 amps, (2) it must operate (interrupt) when the current is 160 amps or 
more, and (3) it must not operate when the current is 58 amps or less. 

The breaker can clear the maximum fault current downstream from the substation, and 
can be set up to operate for any fault over 600 amps. The dotted line shows a profile of 
points on the feeder where the minimum fault currents are at this value. Thus, the breaker 
provides protection for all portions of the feeder on the substation side of this line. The fuse, 
at point A and upstream of all circuit paths that lead to points downstream of the dotted line, 
can clear any fault current downstream of its location, and will operate for any expected 
fault current, including the minimum, on the far side of that dotted line. Thus, one of the 
other or the two devices will operate if a fault occurs anywhere on the feeder. This scheme 
provides protection for the entire feeder. 


Improving sectionalization through protective device coordination 


The feeder is now well protected, but it is not necessarily well sectionalized. The most 
obvious flaw is an ambiguity, based on what has been stated so far, about what device 
would operate for faults at locations between point A and anywhere up to the dotted line. 
When a fault occurs anywhere in this region in can be above 600 amps, so the relay may 
see it and respond, opening the breaker. This does accomplish protection — the fault is 
cleared. But it interrupts service to all 162 service transformers. If the fuse operates instead, 
the fault would be cleared and service would be interrupted to only 47 service transformers 
—a 71% decrease in SAIFI and SAIDI contributions from that outage. 


Peak load current = 3 amps 
Fault current = 160 amps 


Peak load current = 162 amps 
Fault current = 3800 amps 
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Figure 14.18 The minimum expected fault current at the end of the farthest lateral on this feeder is 
less than the full load current at the substation. Therefore, no protective device at the substation can 
distinguish between normal and abnormal operating conditions. Proper protection would involve 
putting a second device (fuse) farther out the feeder, as explained in the text. That fuse would cover all 
faults beyond its location. The T-C curves of the two devices would have to be coordinated as 
explained in the text. Letters A and B and the dotted line refer to locations discussed in the text. 
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Good sectionalization practice would coordinate the fuse and the relay T-C curves so the 
fuse always operates for any fault occurring beyond its location. That is done by making 
certain that the fuse is faster — responds more quickly — than the relay will for all faults that 
they will both see. Both breaker relay and fuse may see a fault downstream of the fuse, but 
the fuse must operate before the relay signals the breaker to open.’® In this way, the number 
of customers whose power is interrupted is minimized. 


Sectionalization Added to Improve Reliability 


Planners may want to add more protective devices to improve customer reliability. 
compares reliability for a number of different sectionalization schemes. All assume a 
uniform outage rate of .1 outages/mile/year and a repair time of four hours, regardless of 
line size or loading. There are thus 3.24 events expected per year (there are 162 segments, 
each .2 mile long) and thus a total expected repair time of 12.96 hours per year. 

As stated earlier, a single device at the substation cannot protect the entire feeder, but if 
a single device could, that “single section” scheme would result in a SAIFI of 3.24 and a 
SAIDI of 12.96 hours. The two-device scheme presented above, with the breaker at the 
substation and a fuse at point A, but mis-coordinated as explained in the footnote below, so 
that the relay always operated for faults in the region between A and the dotted line, would 
produce SAIFI and SAIDI of 2.95 and 11.87 hours respectively. Proper coordination, so the 
fuse always acts faster than the relay for faults downstream of it, produces expected SAIFI 
and SAIDI of 2.47 and 10.25 hours respectively, a 13% reduction in SAIFI and SAIDI 
versus poor coordination, 1.e., coordination represents a 57% reduction in customer 
interruptions created by problems downstream of the fuse. 

Suppose that a fuse were installed on every lateral, at the point where it connects to the 
feeder trunk. Lateral fuses downstream of the fuses at point A would be coordinated so they 
would always operate faster than the fuse at point A. Fuses on laterals upstream would be 
faster than the breaker’s relay. This would minimize the extent of interruptions caused by 
outages. SAIFI and SAIDI would drop to an expected .38 events/year and 1.5 hours/year. 
Given that lateral fuses protect against faults on the laterals, the fuse on the trunk could now 
be moved upstream to point B, its optimum location from the siandpoint of minimizing 
SAIFI and SAIDI, which are reduced to .36 and 1.46 hours. This is the best that a device at 
the substation, one somewhere on the trunk, and lateral fuses can do in this circumstance. 
Finally, since the substation relay breaker will protect all faults on the trunk (their minimum 
is above 600 amps) one could just delete the mid-trunk fuse and depend on only the breaker 
and the lateral fuses. SAIFI and SAIDI would be .40 and 1.7 hours. Point B is also the 
optimum location for a mid-trunk fuse in a two-device case, assuming one located there can 
be coordinated with the breaker and provide protection beyond it, giving SAIFI and SAIDI 
as shown in the table. In either case, adequate coverage of faults is achieved by using a 
relay-breaker and a second device installed farther out the feeder (a second breaker could be 
used, but more commonly a fuse would be used, at a location where the peak load current 


'© The fuse must be faster than the relay alone, not the relay and breaker combination. Suppose that 
the breaker takes 6 cycles to open from the point where it is given the signal, that the relay operates 
in 2 cycles when it sees 650 amps, while the fuse takes only 4 cycles to open. When a 650-amp fault 
occurs downstream of the fuse, the relay sees it and 2 cycles later instructs the breaker to open. The 
fault continues for another 6 cycles, while the breaker is responding. Two cycles later the fuse 
blows. Both devices operated. To avoid this, a faster fuse must be used, one that operates at 650 
amps in less than 2 cycles, or the relay must be set to operate slower, taking at least 5 cycles to 
operate. 
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Table 14.7 SAIFI and SAIDI for Various Sectionalizing Schemes for the Feeder in 


Number of Subst. Mid-Trunk Lateral Reliability Comments 

Sections Breaker Fuse Fuses SAIFI SAIDI 

1 Yes No No 3.24 12.96 Protection not feasible with one device 

Z Yes AtA No 2.95 11.87 Least cost; protection+ poor sectionalization 
Z Yes AtA No 2.47 10.25 Least cost for protection & sectionalization 

2 Yes AtB No 2.43 9.73 Optimum two-device scheme 

34 Yes AtA Yes .38 1.51 Lateral fuses added to scheme above 

34 Yes AtB Yes .36 1.45 Scheme above + opt. loc. for mid-trunk fuse 
33 Yes No Yes 4 1.71 Breakers + lat. fuses works well 


is one-third or less of the minimum (220 amps in this case) fault current expected on the 
laterals.!” 


Protective device coordination details 


Proper operation of the devices in the example above — coordination of their function for 
sectionalization — is achieved by properly matching their T-C curves. If the mid-trunk fuse 
at location A or B is “faster” (operates more quickly) than the breaker’s relay over the range 
of fault levels downstream of its location, then it will always operate first. Fuses 
downstream of point A must be “faster” than the mid-trunk fuse to coordinate with it, but 
only within the range of fault currents they will see. 

Fortunately, very wide-ranging relay types and settings have been designed and are 
manufactured for utilities, industry, and commercial applications, and many different types 
and sizes of fuses exist, so that protection engineers always have a diverse range of T-C 
curve types and shapes with which to work. There is very little that can’t be both protected 
and sectionalized sensibly through proper selection and coordination. 

shows T-C curves for a breaker relay, a large fuse (mid-trunk at A), a fuse 
on the lateral, and a fuse at the service transformer (in this case, the upper right unit shown) 
that coordinate for the example feeder (Figure 14.18). The curves do not cross in the fault 
current regions expected for their overlapping areas of protection. (To make a point, the 
author has drawn them so they do cross outside those regions.) Usually, it is possible to put 
four devices in series like this, so they coordinate over the ranges of expected minimum and 
maximum fault currents they will see. On some feeders with narrow fault current ranges, 
only three units can be so cascaded. On others, up to five can be well coordinated. Planners 
should keep in mind that merely arranging the curves so they do not touch in the 
overlapping fault zones is not really enough. Each line is actually a “fuzzy” width of 
uncertainties — the fuse might be a standard deviation out in its actual rating due to 
manufacturing tolerances or less-than-perfect installation of the link (poor installation can 


”” Strictly speaking, one protective device (a breaker) could be used at the substation if it had two 
sensors. One would be placed at the breaker’s location and another far out on the feeder, at a point 
where the fault level is less than the normal peak load current measured on this feeder at the 
substation, with a signal wire run back to the substation. The relay would then be set to operate if the 
sensor at the substation saw a high current relative to its location or the remote sensor detected a 
fault current that, while much lower, was several times the maximum normal load current there. 
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Figure 14.19 The T-C curves for the substation relay, the mid-trunk fuse at point A, and a fuse on 
one of either of the outermost two » Eee for “ protection example explained in the text and 
illustrated with the example feeder in Figure 14.18] Within their overlapping ranges, the devices 
coordinate — the proper device will perform first. These hypothetical device T-C curves are 
deliberately drawn to show that their T-C curves do cross at points outside of their fault ranges they 
will jointly see, a point irrelevant to their performance on this circuit. 


stretch the fuse link, reducing its rating somewhai). Or faults may not be quite the level 
expected — impedance to ground may be higher than anticipated. Therefore, it is prudent to 
leave a gap between the curves and to the extent possible, space them out evenly. 

Generally, putting more than five devices in series so they flawlessly coordinate requires 
some type of functional coordination (reclosers with sectionalizers), or automation or 
coordination (electronics, communication between devices) is required in order to attain the 
desired coordination. For proper coordination to occur, the devices’ T-C curves need only 
coordinate within the fault ranges they jointly see. For example, if the lateral fuse were 
slower than the mid-trunk for currents above what the lateral will see, it does not matter as 
far as its coordination with the mid-trunk fuse is concerned. 


Recloser-Sectionalizer Schemes 


A reclosing breaker is a circuit breaker that uses a recloser type relay to operate it. This 
relay is “programmed” with a cycle of operations it will perform whenever a fault occurs. 
For example, a typical “program” might call for the relay to open the breaker when it sees a 
fault, then close it instantly, in hopes that the fault was temporary and has cleared itself. 
(The fault may have been caused by a tree falling on a line or some other situation that will 
likely correct itself given the opportunity.) However, if upon reclosing the fault is still seen, 
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Table 14.8 Recloser-Related Sectionalization and Protection Concepts and Definitions 


Feeder selective relaying is a common practice of setting the T-C characteristics of fuses and 
breakers so that a lateral fuse will only operate for permanent faults of the lateral. (see Fuse saving 
below). Feeder selective relaying reduces SAIFI and makes a great deal of sense, but is not always 
easy, or even possible, to accomplish due to relay and fuse characteristics and fault levels, etc. 


Fuse saving. A reclosing breaker at the substation, or recloser on a feeder circuit, can be set to react 
faster than fuses downstream of it, so that it “saves” them by opening instantly (as fast as possible) 
whenever a fault is detected. It then recloses (see below) a moment later, the intention being that the 
fault might have been temporary and if so, service can continue. In some utility systems fully 30% of 
faults are of this temporary nature and “fuse saving” avoids longer-term interruption of power in a 
significant number of cases. However, to avoid interruption of the dozen or so customers behind a 
lateral fuse, the recloser “blinked” service to perhaps 1,000 customers on the feeder, something that 
many utilities consider a worse power quality problem. Fuse saving is not used by all utilities. 


Graded or High-Low protection schemes. A utility’s protection approach may routinely involve 
dividing a feeder into two or more areas within each of which protection is managed or handled 
differently, based on the expected fault duty. Thus, in high fault areas (near the substation) protection 
focuses on using the substation breaker, period, whether faults occur on trunk or lateral. Farther out, 
where faults are low, fuses alone may be used. Some utilities have an intermediate fault level region in 
which a different recloser approach will be taken. 


Instantaneous operation means setting a relay to operate a breaker as quickly as possible upon 
detection of a fault. There is no deliberate delay or slow (T-C curve) response programmed. A relay 
can react in 1 cycle or less, but the opening of the circuit is not quite instantaneous due to inertia of 
mechanical breaker components. A period on the order of 5-30 cycles may occur depending on 
breaker type and condition. Regardless, instantaneous actually means “as quickly as can be done.” 


Instantaneous reclosing means closing the breaker immediately after it has opened to clear a fault, 
again, “as quickly as can be done” as opposed to delaying to give the fault more time to clear itself. 


Loop sectionalizing uses a normally open recloser as a tie switch between two radial feeders, which 
will close whenever it sees a no-voltage condition on one side, opening immediately if it closes into a 
fault. Application of this concept will be discussed later in this chapter. 


Reclosing operation. A breaker at a substation or a recloser (see below) on a feeder trunk can be set 
(“programmed”) to operate on “instantaneous trip” so quickly that a fuse upstream of the actual fault 
location will not operate. The reclosing breaker wil! then clese back in with a time delay, which might 
be zero or up to a minute. The goal is that a fuse will not blow dunng a temporary fault — a tree branch 
which momentarily contacts the line as it falls to the ground, etc. Reclosing operation is used by some 
utilities because it avoids perhaps as much as 30% of the fuse operations that would otherwise lead to 
sustained outages of laterals. However, it is in disfavor at other utilities because this reduction comes 
at the expense of “blinking” the service for the entire feeder. 


Reclosing cycle. Most reclosing breakers and reclosers are programmed to “give it a try” several 
times. Typically, the breaker is set to operate instantly upon detection of a fault, “saving” any fuse(s) 
that might be upstream of the fault (see Fuse saving, above). It then closes after a second or two, 
opening instantly if the fault is still seen. If it operates a second time, it waits a longer period — 
typically ten to fifteen seconds — and tries to reclose again. If the fault still exists, it will open and try a 
third time, perhaps a minute later. This final time the breaker will not operate instantly, but respond 
with a T-C curve characteristic that is “slower” than downstream fuses. If the fault is behind a fuse, 
that fuse will blow, isolating the fault. If the fault is upstream, the recloser will lock out — clear it by 
opening “permanently” according to its T-C curve. 

Even though this cycle of operations results in a blink, a brief (ten-fifteen second) interruption, and 
a longer interruption of perhaps a minute’s duration for all customers on the circuit, this operation is 
sometimes not counted as an interruption (MAIFD or is counted as only one instance, not three. At a 
very few utilities it is considered three counts for the MAIFI statistic. 
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the relay instructs the breaker to open again. This time, the relay waits a brief period — 
several seconds — for the fault to clear itself, then closes again. If the fault persists, the 
breaker opens again and waits a full minute. On the third reclose, if the fault persists, the 
breaker opens and does not re-close. It locks out. 

Reclosing relays have been used in the power distribution industry for decades, and vary 
a great deal in their “programmability” and other characteristics. Earlier designs used 
electromechanical relays that were “programmed” through the setting of various tabs and 
dials, and are not as flexible in application: some will operate only in a certain number of 
cycles with specific timing to their responses and delays each time. Others can be set, or 
programmed digitally, to vary the number of times they operate in succession before 
locking out, the quickness of their responses, etc. gives a glossary of terms 
associated with recloser usage. 


Fuse saving 


Reclosing is used by many utilities in a scheme called “fuse saving.” The T-C curves of all 
fuses and the reclosing relay for the breaker are coordinated so that the reclosing relay in 
company with its breaker will react faster than the fuses for fault current levels that the 
fuses will see (i.e., faults beyond their locations). When a fault occurs beyond a fuse, the 
recloser opens the breaker upstream of the fuse as quickly as possible, before the fuse can 
operate. It then recloses quickly in hopes the fault has cleared itself. If so, the fuse has been 
“saved” and customer interruptions have been avoided for what was, after all, a very 
temporary situation. With fuse saving, the second or a third recloser operation of the 
breaker is programmed to stay closed for a period long enough so that the fuse will operate. 
The resulting fuse-saving recloser cycle does the following: 


When a fault occurs, the reclosing breaker operates “instantly” (as quickly as 
possible), before fuses downstream of it can operate. 


The relay recloses the breaker immediately. If the fault is no longer seen, then it has 
cleared itself. The recloser re-sets itself. The event is over. The fault was temporary 
and the fuses have been saved — customer interruptions have been avoided. 


However, if the fault is still sensed, the recloser opens once again, “instantly.” This 
time it waits a brief period (typically fifteen seconds) before reclosing again. 


If the fault is no longer seen after this second reclosing operation, then it has cleared 
itself. The recloser re-sets itself. The event is over. The fault was temporary and the 
fuses have been saved — customer interruptions have been avoided. 


However, if the fault persists upon this second reclosing, the recloser remains closed 
long enough that if the fault is downstream of a fuse, that fuse will operate (i.e., the 
relay-breaker operates with a T-C curve slower than its downstream fuses, no longer 
trying to save them). If a fuse operates, then the fault is cleared; the event is over. 
The recloser re-sets itself. But if a fuse fails to open, then presumably the fault is 
between the breaker and the fuse, so the breaker opens. 


The recloser may stay open, or, after a period of time — perhaps a minute, it may try 
once more, reclosing a final time in hopes that the fault has worked itself clear. 


If the fault still persists after this final recloser operation, then: (a) it has not cleared 
itself, or (b) it was not behind a fuse, so the recloser opens the breaker and keeps it 
open. The feeder locks out. 


Copyright © 2004 by Marcel Dekker, Inc. 


Feeder Layout, Switching, and Reliability 535 


This or a similar fuse saving arrangement can reduce the number of sustained customer 
interruptions on an overhead distribution system by up to 30%. Reclosing is almost 
exclusively used only on overhead feeder systems, being applied only where there is a 
likelihood that faults have been caused by temporary situations like branches falling on a 
line or by “critters” — faults which will often clear themselves in a few seconds. UG faults 
tend to be due to failures or damage that is not temporary in nature. Of course, each time a 
fuse is “saved,” sustained interruptions of those customers behind its location are avoided at 
the expense of causing momentary interruptions to all customers on the feeder. 


Line recloser applications 


The word “recloser” is used most often to refer to a pole-mounted, self-contained relay- 
breaker assembly as described in the earlier discussion of protective devices. It operates as 
described above, but is designed for application in a mid-trunk location. These units are 
sometimes referred to less ambiguously as “line reclosers.”” Equipment as described above, 
where the feeder’s breaker at the substation is operated by a reclosing relay, are referred to 
as a “substation recloser’” or “reclosing feeder breaker” or “reclosing substation breaker.” 
By selectively setting T-C characteristics for the two devices they can be coordinated so the 
line recloser operates on faults that occur beyond it, and the feeder recloser only operates 
for faults that are upstream of the line recloser. 


Sectionalizers 


A sectionalizer is a switching device designed to be placed downstream of a reclosing 
breaker or a line recloser (it is worthless without a recloser upstream of it). Sectionalizers 
operate in a normally closed position, and cannot open (interrupt) a fault current. Instead, 
they are intended to open only during one of the zero-flow periods when an upstream 
tecloser has interrupted current flow. A sectionalizer counts the faults it has seen (fault 
currents that have passed through it), and is programmed (set) to open during the nth dead 
period of a recloser operation. For example, in the example recloser cycle above, suppose 
that a sectionalizer were inserted at a location between the reclosing breaker at the 
substation and the mid-trunk fuse, and set to open after a fault count of “3.” The following 
cycle of coordinated operation between the recloser and sectionalizer would happen when a 
fault occurs on this feeder: 


When a fault occurs, the sectionalizer counts “1” if it sees the fault (i.e., if it is 
beyond the sectionalizer, regardless of whether it is also beyond the fuses). As in the 
example above, the reclosing breaker operates “instantly” (as quickly as possible), 
before fuses downstream of it can operate. 


Again, as in the reclosing cycle described above, the relay recloses the breaker 
immediately, or after a short (few second) delay. If the fault is no longer seen, then it 
has cleared itself. The recloser re-sets itself and the sectionalizer resets its count to 
“0.” The event is over. 


However, if the fault is still sensed, then: (a) the sectionalizer counts “2,” and (b) the 
recloser opens once again, but this time only after waiting a brief period (typically 
fifteen seconds) before reclosing. 


If the fault is no longer seen after this second reclosing operation, then it has cleared 
itself. The recloser re-sets itself and the sectionalizer resets its count to “0.” The 
event is over. But if the fault is still there upon the second reclosing, the sectionalizer 
counts “3.” Again, the recloser remains closed long enough that if the fault is 
downstream of a fuse, that fuse will operate (i.e., this time, the relay-breaker operates 
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with a T-C curve slower than its downstream fuse). If the fuse operated, the fault is 
cleared and the event is over. However, if a fuse fails to open, then presumably the 
fault is between the breaker and the fuse, so the breaker opens again. 


The recloser waits a period of time, perhaps a minute, to reclose. 
The sectionalizer, now with a count of “3” and sensing no current, opens. 


The breaker recloses the final time. If the fault still persists, then: (a) it has not 
cleared itself, (b) it was not behind a fuse, or (c) it was not behind the sectionalizer, 
sO it must be in an area protected only by the breaker: the recloser opens the breaker 
and keeps it open. The feeder locks out. 


What advantages does a sectionalizer provide over putting a fuse at the same location? 
A sectionalizer does not need to be coordinated in the normal sense. For example, inserting 
a fifth T-C curve into so that it coordinates correctly in all cases may be 
impossible; it certainly would be in many situations. Sectionalizers can be put in series, one 
behind the other, programmed to open on different count numbers (e.g., a downstream unit 
opens on a count of 2, the upstream on the count of 3), providing more sectionalization. 


Loop sectionalizing 


A recloser can be used in a normally open application, as a loop sectionalizer switch, 
providing the normally open tie point between two feeders. In a scheme of coordinated 
recloser-sectionalizer action, it is programmed to close if it sees no voltage on one side of it. 
Properly coordinated, the recloser-sectionalizer scheme shown in Figure 14.20 would 
isolate a fault to one of the six “sections” in the two feeder loop shown, closing the tie to 
restore service to another section downstream of that faulted section. 


(®) Reclosing breaker 
S Sectionalizer [ 


V\ Fuse 


One Mile 


Figure 14.20 A “normally open” recloser is used as an automatic tie switch between feeders that 
each have two sectionalizers and a reclosing breaker at the substation. If the tie recloser sees a zero- 
voltage condition on one side of it for a long enough period (longer than the “dead period” of a 
recloser) it closes, restoring service. Readers who study this diagram will note that the recloser may 
(usually will) close into a fault and that one or more sectionalizers may have to operate “backwards” 
for faults now traveling the other direction in order to isolate the faulted section. 
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Protection and Sectionalization — A Complicated Art and Science 


The previous discussion covered only the most basic concepts of protection engineering. 
Good protection engineering and coordination is more complicated and often requires more 
comprehensive engineering than depicted here. There are a number of issues related to 
phasing. Most reclosers are three-phase devices, they open all three phases for any fault 
(single- or multi-phase), but there are single-phase reclosers and some protection schemes 
permit single-phase recloser operation. Fuses, on the other hand, are basically single-phase 
devices, and always operate on individual phases. Protection for three-phase loads and 
equipment may require isolated three phases anytime there is a single-phase fault. 

Different types of faults (phase to phase, phase to ground) will have different current 
levels, meaning that any point on a feeder will have a range of expected fault current levels, 
from a minimum and a maximum. Devices are expected to coordinate within the whole 
range of expected faults, which can greatly complicate protective and sectionalization 
engineering. Furthermore, coordination must also consider time-current combinations other 
than just for device operation. For example, a fault time-current combination too close to 
the curve for a fuse might damage it — partially melting it but not quite causing it to operate. 
This is not a permissible coordination, as the device may misfunction the next time there is 
a fault. Also, devices like motors and transformers have T-C curves which define when they 
are likely to be damaged by a fault of a certain amperage and duration. All of these T-C 
curves must also be properly coordinated with protective device operation. Finally, there 
are a host of approaches that combine “smarter” devices like reclosers and sectionalizers 
with fuses in quite involved schemes that react to faults with a pre-arranged, “‘intelligent” 
sectionalization. 


Configuration and Its Interaction with Protection Coordination 


Configuration of a feeder and its protective coordination interact with respect to the 
sectionalization they permit within the constraints of the protective devices being used. For 
example, the large trunk and two-branch feeders from and differ in how 
they can be sectionalized. The limitations given above on “stacking” protective devices in 
series (having several one behind the other) that occur because T-C curves must not cross 
mean that a multi-branch configuration nearly always permits finer sectionalizatior (this 
will be discussed in more detail later). Other factors being equal, a multi-branch feeder wil] 
have slightly better reliability.'® It will have slightly higher cost — Figure 14.2 shows that 
the multi-branch will require more lateral fuses. Thus, the cost-effectiveness of any one fuse 
on the multi-branch feeder will be less than for their equivalents on the large trunk feeder. 

This does not mean that the multi-branch is inherently better or more reliable, only that 
for planners it will prove superior in some situations and not in others. Similarly, the large 
trunk design has advantages in some situations: planners might prefer to use reclosers and 
sectionalizers only with a large trunk configuration because its lack of branching means 
these relatively expensive protective devices will apply to all customers on the feeder, 
rather than just those on one branch. Installing reclosers on a two-branch feeder would 
require twice as many (but would give slightly better reliability than on a large trunk 
configuration). The point for planners to keep in mind is that configuration is a design 
freedom they can exercise, in combination with switching and sectionalization, to fine-tune 
reliability. 


18 The feeder requires more fuses for what is ultimately finer (more, smaller) sectionalization. Also, 
fault current profiles on these feeders will differ, creating different protection coordination 
constraints, as will be discussed later in this chapter. 
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Effectiveness and Cost Effectiveness Analysis of Sectionalization Devices 


Ultimately, most planning decisions are based on the cost-effectiveness of one candidate 
solution versus others. It is worth looking at the various protective devices one can install 
on a system from this standpoint. With respect to the example feeder the first 
two protective devices used (substation breaker, mid-trunk fuse) were needed for 
protection. They can be viewed as mandatory: one can try to minimize total cost by 
selecting breakers and fuses that meet needs and have the lowest possible individual cost, 
but basically there is no option about whether these two devices are to be included on not. 
Both must be included to assure adequate protection. 

But beyond that, the other 32 devices (see that can be installed on this feeder 
are optional, in the sense that they can be added if the gain in reliability they provide 
justifies their cost. The starting point for reliability cost-effectiveness analysis would be the 
basic two-device plan needed for protection purposes, with its substation breaker and mid- 
trunk fuse. Because it costs no more to optimally locate the mid-trunk fuse, planners should 
assume that is done. This results in an expected SAIDI of 2.43 events and 9.73 hours/year. 

A fuse protects customers fed by the circuit upstream of it from exposures to fault- 
caused outages downstream of it. In the example feeder, the segments are all .2 mile long 
and exposure is .1 events/mile/year, thus, a lateral fuse is protecting against 


Events covered by fuse = .2 x .1 x length behind fuse (in segments) (14.2) 


The number of customers protected by a fuse is the number downstream of the circuit area 
between the device and the next device upstream. Each segment in this example leads to 
one service transformer. It will be assumed that each transformer serves six customers. 
Since there are 162 service transformers on this feeder laterals upstream of the mid-trunk 
fuse, this is a total of 972 customers 


Customers “protected” by lateral fuse = 972 — number behind fuse (14.3) 


However, for laterals downstream of a mid-trunk fuse the effectiveness is slightly less, 
because they are not protecting all customers on the feeder from an outage, only the 76 
service transformers (456 customers) that are served by the circuit upstream of location B, 


Customers “protected” by lateral fuse = 516 — number behind fuse (14.4) 


Finally, total customer events avoided are: 
Customer events avoided by fuse = events x customers (14.5) 
Customer minutes avoided — customer events x 240 minutes (14.6) 


Fig | shows the computed customer minutes avoided for each lateral fuse on this 
feeder, including the mid-trunk fuse. The mid-trunk fuse is the most cost effective of the 
fuses used (even though cost effectiveness does not enter into a decision on its use since it 
is mandatory). Although it is needed for protection purposes, if installed without any lateral 
fuses, it avoids 188,237 customer minutes of outage (protecting 456 customer served by the 
76 transformers upstream of it from outages on 86 segments). If lateral fuses are used, this 
fuse protects those 456 customers from outages on only 6 segments, avoiding just 13,133 
customer minutes of interruption. (In addition, if one assumes all laterals are fused, a mid- 
trunk fuse is no longer needed for protection purposes. However, it is still justifiable on the 
merits of its reliability improvements). 
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Figure 14.21 Customer minutes avoided due to the installation of each of the 33 fuses that can be 
installed on the feeder in the protective scheme discussed earlier (lateral fusing is symmetrical on each 
side along the trunk). Note the difference in customer-minutes avoided for the laterals, each six 
segments long, immediately before and immediately after the mid-trunk fuse. 


An effectiveness evaluation like this is often sufficient to prioritize potential 
sectionalization devices by their reliability improvement in order to determine which should 
be selected within a restricted sectionalization budget. For example, suppose planners 
working on Figure 14.21 have only enough budget for one-third of the devices indicated in 
the figure: 11 instead of the 33 possible. The eleven particular locations to install fuses are: 


e The mid-trunk fuse (even if it were not mandatory, it provides a large 
improvement) 


e¢ The five pairs of laterals most immediately upstream of the mid-trunk fuse, 
which, with customer-minute reductions of from 26,957 to 18,202, are the most 
effective lateral fuses evaluated. 


This set of 11 devices obtains 72% of the reliability improvement possible with all 33 
devices. An alternate plan provides more effectiveness if the number of fuses 
affordable is limited. An approach like this could be used to prioritize the fuses in order 
from least to most effective, permitting planners to determine how to best use scarce or 
limited resources. In a similar manner, planners can evaluate other possible sectionalizing 
schemes to determine which are best. This will be discussed more fully in|Chapters 23 and 
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Figure 14.22 Alternative protection and sectionalization scheme using one fuse to protect “the pair” 
of lateral extensions on both sides of the trunk (some utilities refer to this as a single lateral) requires 
only half the devices and delivers not quite as much reliability improvement. Average effectiveness of 
fuses utilized increases from 20,329 customer-minutes avoided per fuse to 37,836. Expected SAIFI 
and SAIDI change from .364 events and 1.45 hours/year to .483 events and 1.93 hours/year. 


Cost-effectiveness evaluation and application 


Useful as the effectiveness evaluation discussed above is in helping planners determine 
what devices to use, it is no help in answering a more fundumentai question: how effective 
is the use of fuses (and perhaps other sectionalizing devices like reclosers) when compared 
to other ways that the utility could spend its money to improve reliability. For this, a cost 
effectiveness evaluation of the fuses and the other alternatives must be done so that the 
“bang for the buck” of each can be compared in order to determine what provides the most. 
There are several ways that one could compute the “bang for the buck” provided by each 
fuse. The method presented here is consistent with the methodology used later in this book 


(Chapters 23|and[28}. For this example, it will be assumed that: 


e Single-phase fused cutouts for a lateral cost $800 each, installed 
e Three-phase mid-trunk fuse installation costs $1,800, installed 
e Each fuse costs $100 to replace when it fails (whether single or three phase) 


e Repair costs for equipment are not included 


shows a computation for a fuse on each of the laterals moving out from the 
substation for one side of the feeder (the other is identical). The mid-trunk fuse is also 
included. Starting at the left, the table shows the lateral number (count from the substation 
out) for identification purposes, its length in line segments, and the expected number of 
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Table 14.9 Benefit/Cost Analysis of Protective Devices on Example Feeder 
Lateral Segs. Failures Customers Cust. Events Cust.-min. Capital Avg. Ann. Total Cust-min Benefit 


No. _dwnstrm ear Protected Avoided Avoided Cost . Cost PW Cost PW er $ 
1 1 0.02 966 19.3 4,637 $800 $2 $819 44,402 1 
2 1 0.02 966 19.3 4,637 $800 $2 $819 44,402 54 
3 2 0.04 960 38.4 9,216 $800 $4 $838 88,252 105 
4 2 0.04 960 38.4 9,216 $800 $4 $838 88,252 105 
i] 3 0.06 954 57.2 13,738 $800 $6 $857 131,551 153 
6 4 0.08 948 75.8 18,202 $800 $8 $877 174,299 199 
7 4 0.08 948 75.8 18,202 $800 $8 $877 174,299 199 
8 5 0.1 942 94.2 22,608 $800 $10 $896 216,494 242 
9 5 0.1 942 94.2 22,608 $800 $10 $896 216,494 242 
10 6 0.12 936 112.3 26,957 $800 $12 $915 258,138 282 
M 86 1.72 456 784.3 188,237 $1,800 $172 $3,447 1,802,446 523 
H 6 0.12 480 57.6 13,824 $800 $12 $915 132,379 145 
12 6 0.12 480 57.6 13,824 $800 $12 $915 132,379 145 
13 6 0.12 480 57.6 13,824 $800 $12 $915 132,379 145 
14 7 0.14 474 66.4 15,926 $800 $14 $934 152,511 163 
15 7 0.14 474 66.4 15,926 $800 $14 $934 152,511 163 
16 8 0.16 468 74.9 17,971 $800 $16 $953 172,092 —-:181 
Totals for one mid-trunk fuse and two of each lateral fuse $31,843 6,424,224 202 


failures/year downstream of the lateral fuse (which is computed as .2 x .1 x number of 
segments). The next column in the table is the number of customers protected by the fuse, 
which is 6 times the number of service transformers on the circuit between the fuse and the 
next device upstream. Moving tc the right, the next two columns give the number of 
customer events avoided by this fuse (failures x customers) and customer-minutes avoided 
(avoided events x 240 minutes). The next two columns give capital cost and expected 
annual operating cost ($100 times expected number of failures/year) for each fuse. The PW 
cost shown in the column after that is computed as capital cost plus 9.576 x annual cost. 
The factor 9.576 is the PW sum of 1.00 over 30 years, evaluated at 90% present worth 
factor, i.e., 9.576 = 14+.94+.97+ 99+ .9*..... +9”. This is a useful estimate when doing 
planning estimates: at typical discount rates the present worth of a constant annual cost is 
about nine and one-half times that annual cost. 

Finally, a similar present worth weighted summation of benefits, in this case the 
customer-minutes avoided, is also taken over the same 30 year period. These fuses will (if 
the links are replaced when they operate, which cost is included in this analysis) last at least 
30 years. Here, the same 9.576 factor is multiplied times the annual customer-minutes 
avoided to compute the PW customer minutes.’? 


'9 As stated in|Chapters 5, [djanala9) in a situation like this it is appropriate to apply PW summation to 
both costs and benefits. In fact, computing a benefit cost ratio in a situation like this, without 
applying similar PW discounting to both cost and benefits, is a mistake. See Chapter 5, [Table 5.6 
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The final (rightmost) column in gives the cost effectiveness ratio, the PW 
customer minutes avoided per PW dollar for each fuse that can be put on this feeder. Thus, 
the particular protection/sectionalization plan shown in with 33 devices 
exclusive of the substation breaker, provides 


SAIF]I = .36 events 
SAIDI = 1.46 hours 


Cost effectiveness of dollars spent on reliability = 202 customer minutes/dollar 


By contrast, the seventeen-device plan (Figure 14.22) provides 
SAIFI = .48 events 


SAIDI = 1.93 hours 
Cost effectiveness of dollars spent on reliability = 304 customer minutes/dollar 


Thus, while the reliability of the 33-device plan is better, its cost effectiveness is less. In 
fact, the marginal cost effectiveness between the two plans (difference in 
reliability/difference in cost) is quite poor by comparison: each dollar spent on the 33- 
device plan over that on the 17-device plan yields only 21 customer minutes of 
improvement. This is an example of how incremental cost benefit analysis (see|Chapter 4) 
tends to emphasize differences in cost effectiveness of planning alternatives, something that 
will be explored in more depth in|Chapters 23]and 28. 

This type of cost benefit analysis forms the basis of reliability optimization. It can be 
used to compare the cost effectiveness of fuses, reclosers, and other sectionalizing devices 
with that of other potential reliability improvement alternatives such as switching for 
restoration, improved maintenance, etc. When applied in the correct type of marginal basis, 
as will be described in Chapters 23 and 28, it can be used to optimize total spending on 
reliability. 


Coordination and Interaction of Sectionalization and Switching 


Although sectionalization and switching both subdivide a feeder, there is nothing that forces 
engineers and planners to arrange these two subdivision schemes so that their devices’ 
locations coincide — so that fuses and switches are at the same switchable zones or portions 
of the feeder. While there are exceptions, it usually makes sense to arrange sectionalization 
and switching in this manner: not doing so means that there will often be “switchable 
zones” that have non-isolated faults within them, and thus cannot be transferred. Beyond 
this, often the two capabilities are combined in one device. Load-breaker cutouts are 
essentially fused switches, and often used to provide both functions in one device. 

Therefore, a general rule of thumb is to make the feeder system switchable at its major 
(three-phase) sectionalization points, as depicted in This can be done with a 
load-break cutout (a combination fused cutout and switch) or a combination of a fused 
cutout and a switch, as shown. The optimal locations of the fuse and switch are shown: the 
fuse on the downstream side of the lateral and load, and the switch on the upstream side at 
that point, as illustrated. 

This switch provides reliability improvement when the upstream section is faulted and 
out of service, the feeder can be opened at this point and the tie closed. Assuming the 
laterals are all fused with properly coordinated fuses, the trunk will be out of service 
.02*.1*10 segments = .2 times per year, for a total of four hours each time. Using a switch 
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Figure 14.23 Large-trunk feeder with the mid-trunk fuse at its optimal sectionalization position along 
with switches, added there and at the trunk end, so that the farther section can be restored through tie 
switching in the event of an outage of the near-substation trunk section. 


operation time of 45 minutes, what would be a four-hour outage for the 594 customers 

downstream of this switch (99 transformers times 6 customers/transformer) is reduced to a 

45-minute outage, a savings of 23,166 customer minutes/year. Using an installed cost of 
$4,000 per switch, and an operation cost of $100 per eveni, this capability has an initial cost. 
of $6,000” and a continuing cost of $20 per year, for a PW cost of $6,192, The same PW 

aggregation applied to the benefit gives 221,791 customer minutes. The cost effectiveness 

ratio is therefore 35.82 customer minutes per dollar. 

This evaluation shows that switching capability is substantially less cost effective than 
the fuses (fable 14.9). This is partly true, but incomplete. Switches cost more than fused 
cutouts, and fuses adhere to the first guideline of reliability improvement: “Do what you 
can to make certain customer interruptions never happen,” making fuses hard to beat. 
However, nearly any utility would install some switching capability on its system, for one 
or more of three reasons listed below in the order of in increasing value to the typical utility: 


Operational flexibility. Many utilities install some feeder switching on “general 
principles.” One needs to be able to isolate and switch the feeder system for a 
variety of reasons including maintenance, load balancing, etc., many not 
predictable in advance. Given that switches are to be installed on the system, it 


20 Half of the tie switch cost is allocated to these improvements. Presumably it provides similar 
improvement to the feeder on the other side of the switch, also. 
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then makes sense to locate them where they will do the most good from a 
standpoint of impact on reliability. 


Feeder contingency support. Although the 35.82 customer minutes per dollar 
figure determined above is not outstanding compared to values nearly fifteen times 
that for the most effective fuses, it is still good value. 


Substation and storm outage restoration. Switching capability of this type reduces 
the duration of infrequent but otherwise intolerably long outages, the type 
encountered after severe storms or during partial substation outages. Suppose this 
feeder is served by a two-transformer substation and that either transformer has a 
probability of one unexpected outage during a 40-year period, with an estimated 
108 (4 % day) repair period. The switching capability shown permits /% of the load 
on the substation to be distributed to neighboring substations, permitting the utility 
to viably handle the loss of either transformer while still being able to load its 
transformers and substation equipment to high (e.g., cost effective) levels. From 
this feeder’s standpoint, its reliability is augmented considerably, although 
simplistic analysis will tend to over-rate the benefit. 

A straightforward probabilistic analysis indicates that a 50% reduction in 
substation capability (loss of one or the other transformer) is expected on average 
about five and one-third hours per year. Considering impact only on the 594 
customers downstream of the mid-trunk switch (the switch offers some secondary 
improvement for those upstream), this means an additional 1,830,160 avoided PW 
customer interruption minutes, for a total cost effectiveness of 332 PW customer 
interruptions per PW dollar, nearly ten times the amount computed based on only 
feeder outages given above. However, this computation overestimates the cost 
effectiveness of the switch. During off-peak periods the substation can get by on 
one transformer, so only contingencies during shoulder and peak periods should 
be evaluated. But even when that and a host of other secondary and tertiary factors 
are taken into account, the “coverage” of substation-level contingencies by this 
switching still provides a cost effectiveness ratio of 200: switching is just as cost 
effective as fusing (see last line in frable 14.9).” 


Optimality and Interaction of Fusing and Switching 


For both fuses and switches, the reliability improvement offered to customers on a feeder is 
proportional to the number of customers protected by the device times the number or 
frequency of outages that it protects or mitigates against. Each of the two factors involved 
in this product, exposure and customers, is related to a portion of the feeder circuit. The 
exposure relates to the portion of the feeder in which outages could occur but their effects 
would be mitigated. The customers are those connected to another portion of the feeder, 


2! Even this conclusion is subject to various caveats, many of which will be addressed in|Chapters 21] 
and|29. In a majority of real-world situations the ratio would fall somewhere in the range of 175- 
225. But if the load curve was atypical, with a very low annual load factor, or if the feeder required 
reinforcement to provide the contingency support (it should not in a majority of cases, if laid out as 
described in [Chapter 13), or if the marginal avoided cost of adding substation capacity were very 
low, the value might be as low as 80-100. On the other hand, if the load curve shape were “fat” (high 
annual load factor), or if the feeder required no reinforcement to handle transfer of even more than 
the 594 customers, or if the marginal cost of other alternatives was far higher than normal, then the 
ratio could be as high as 800. 
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Figure 14.24 Relative improvement versus location along the trunk for a fuse versus a switch, for 
situations where the laterals are not fused (top) and where they are fused (bottom). Specific location 
for switches is just upstream of the lateral takeoff at a node, that for fuses just downstream (i.e., as 
dravm in|Figue 1422), 


one which can be isolated from these outages. Usually, the device’s location defines the 
boundary between these two portions. Thus, one can “tune” or “optimize” the impact of a 
fuse or switch by changing its location. For example, in[Figure 14.18] moving the mid-trunk 
fuse from point B to A improved its effectiveness, because it increased the product of: 


(customers protected ) Xx (circuit outage exposure) 


“customers upstream of the fuse’ x “circuit exposure downstream of the location’ 


Moving the fuse from point B to point A doubles the exposure factor, from 3 to 6 
segments covered (this assumes all laterals are fused). However, it cuts the customer count 
by 1/3 from 690 (115 transformers upstream) to 456 (76 transformers downstream). 
However, the product, and thus the fuse’s effectiveness, increases by a net 32%. 
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Switches have a similar but reciprocal relationship to the upstream and downstream 
portions of the circuit. Again, their effectiveness is proportional to customers in one portion 
times exposure in another, and like the fuse, the switch’s location defines the boundary 
between the two portions. But, while fuses protect customers connected to portions of the 
circuit upstream of the fuse location from the effects of outages that occur downstream of 
their location, switches protect customers downstream of their location from the lasting 
effects of outages upstream of that location. 

Therefore, the optimal location for a fuse or a switch will not necessarily be the same. 
However, in practice, the locations are fairly close. shows the improvement in 
reliability gained as a portion of the maximum possible from the device versus location on 
the trunk for both a “mid-trunk” fuse and mid-trunk switch on the example feeder from 
[Figures 14.2-14.2]. Both fuse and switch have a similar qualitative relationship between 
improvement and reliability: the optimum location is somewhere between the middle and 
2/3 points of the feeder. Both also react roughly the same to the use of laterals on the feeder; 
lateral fusing pulls the optimum location in toward the substation by about % mile. 

Thus, whether laterals are fused or not, the optimum location for a fuse and the optimum 
location for a switch differ by roughly 4 mile. However, the curves are rather flat near the 
optimum (all four curves are within 90% of maximum over a nearly 1-mile distance about 
the optimum point). Thus, very little optimality is lost if the two devices, fuse and switch, 
are put at the same location, as is necessary when they are combined into one load-break 
cutout or simply co-located for convenience purposes. 

But despite this, planners who understand the very reciprocal upstream-downstream 
way that these two devices have of reacting to exposure and customer reliability will be 
able to utilize them better. Ultimately, both are needed to assure good reliability of 
operation in a distribution system. 


Configuration and Its Interaction with Sectionalization 


(section 14.1) compared large-trunk and two-branch feeder configurations for 
serving the same 162 service transformers. As discussed in[Chapter 13] when designed 
according to economic conductor principles and laid out with common sense, these two 
configurations will differ little in PW cost. However, they will differ in the potential they 
have for reliability augmentation through the use of sectionalization and switching. Neither 
approach should be regarded as superior. Rather, they are simply different, offering the 
planner options in how to address delivery and reliability needs. 

As discussed early in this section, often it becomes difficult to coordinate more than four 
or five protective device T-C curves in series. As a result, a few utilities use a guideline of 
no more than three, many observe a limit of four or five, while others install up to six in 
series, knowing that coordination may not be perfect all the time, but trying to get as close 
as possible. Regardless, coordination sets a limit on the use of protective devices applied in 
series for sectionalization. Given this reality, a multi-branch feeder will nearly always offer 
planners more and finer sectionalization, because its configuration naturally divides it into 
separate, isolate-able paths, which permits distribution planners to sectionalize it to a finer 
degree by using more protective devices. However, the gain due to differences in 


configuration alone is usually not substantial. 

As an example, shows the large-trunk example from the previous examples 
and a three-branch feeder each laid out for optimum path length to serve the same 162 
service transformers, both protected with no more than four devices — breaker, mid-trunk 
fuse, lateral fuse, service transformer fuse — in series on every flow path. The large-trunk 
feeder has the same SAIFI of .364 failures per year per customer as in previous examples, 
the three-branch circuit has a SAIFI of .347, almost 5% better (these figures neglect outages 
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Figure 14.25 Protection/sectionalization of a large trunk (top) and three-branch feeder (bottom) laid 
out according to minimum path guidelines and optimized with conductor tapering mules ponies 
[12]and The large-trunk design requires 34 protective devices (counting the substation breaker but 

not fuses on the service transformers). By contrast, the three-branch design requires 56 protective 

devices, but delivers 5% better SAIDI. In addition, a further three devices, possibly not possible to add 

to the large trunk-design, can probably be added to the multi-branch, for a total of 20% better SAIFI. 

Whether this difference is meaningful and cost-effective is for planners to determine. See text for 
details. 
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of the substation or service transformers). The multi-branch feeder uses 56 rather than 34 
protective devices (counting the substation breaker but not the service transformer fuses). 
The additional 22 devices provide a relatively low reliability per dollar ~— cost effectiveness 
is far less than any of the fuses shown in However, they may still provide sound 
enough value for the money. The 162 fuses applied to the service transformers provide 
relatively the same level of cost effectiveness, yet many utilities would go ahead and fuse 
all such transformers, the benefit being deemed sufficient to justify the use of the money. 


Fault current and coordination differences 


However, the multi-branch feeder might be capable of much better reliability than this 
“even comparison” shows, because it is often possible to put more devices in series on a 
multi-branch feeder than on an equivalent large-trunk feeder serving the same loads. A 
multi-branch and a large trunk feeder design developed for the same loads and service area 
will differ with respect to fault-current profiles: how rapidly and to what levels fault current 
decreases as one moves away from the substation. For example, both feeder layouts shown 
in will have identical fault levels near the substation — they serve the same 162 
service transformers and will thus use the same economic conductor size for the first mile. 
But at that point the multi-branch design splits into three paths. Loading on any branch is 
40% or less of what it is on the large trunk, and so any such design would use a smaller 
conductor regardless of the specifics of the economic conductor set and sizing tables used. 
Short-circuit levels would thus decrease more rapidly as one moved away from the 
substation. 

Note that the path length (power flow distance from substation to load) to any specific 
transformer location in Figure 14.25 is the same regardless of which configuration is used. 
(i.e., the path to the outermost nodes on the farthest laterals is 24 segments in either design, 
etc.) More generally, as discussed in unless there are severe constraints on 
layout, and assuming sound layout practices are followed, the path lengths and the total 
circuit length of any configuration — large-trunk, two-branch, or three-branch — will be very 
nearly the same if adapted to serve the same service area. 

The combination of identical fault levels near the substation, similar path distances 
throughout, and lower fault current levels farther out often creates noticeably more “room” 
for T-C curve coordination, a range wide enough to permit five rather than four T-C curves 
to coordinate well, or four where only three would coordinate in the large-trunk design, etc. 

Particularly when feeders have been or are being laid out for reliability purposes, 
planners will discover that the multi-branch design permits more coordinated devices in 
series. As stated in section 14.5, often the large-trunk’s conductor size has to be upgraded 
above economic conductor guidelines in order to meet load-transfer needs, while that of a 
multi-branch design does not. The use of “very big wire” the entire length of the large trunk 
will tend to increase fault levels but narrow the range of faults for protection, exacerbating 
the difference discussed here. 

Thus, if after selecting the multi-branch design planners are willing to spend a bit more 
for three additional mid-branch fuses, so that the design has two in series on each branch 
rather than only the one shown, sectionalizing of the major pathways can be quite a bit 
better and SAIFI is further reduced by about 15%. The multi-branch configuration now has 
a 20% advantage over the large-trunk layout. Most typically, a multi-branch design will 
cost a few percent more because of its need for more protective devices (Chapter 13’s 
analysis shows they have the same cost, but that neglected the cost of the additional 
protective devices needed), but it will provide about 15% better SAIFT. 
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Table 14.10 One-Page Summary of Chapter 14 


Effective feeder planning involves balancing three factors: electrical capability, customer service 
reliability, and low total cost. It is simple to attain any two of these. It is a challenge to obtain a 
satisfactory combination of all three. 


Reliability has three, not two dimensions. As important as the frequency (SAIFI) and duration 
(SAIDD of sustained interruptions are, momentary interruptions (MAIFD are equally important. 


It is not possible to avoid outages, but it is possible to avoid interruptions they lead to, by reducing 
the extent — the number of interruptions caused by an outage — through improved sectionalization and 
by providing switchable alternative paths to restore service in advance of repair of the outage. 


Planners are responsible for making sure the feeder system is capable of and can be operated in a 
reliable manner. Areas of their focus to achieve this and their recommended order of consideration 
are: layout (configuration and switching), capacity, sectionalization, and switching speed. 


The flexibility of configuration possible in feeder layout is a resource that planners can apply to 
attain economical reliability. 


Feeder system strength is one useful measure of a feeder system’s ability to withstand contingencies. 
It is the average percentage of substation load that can be transferred to neighboring substations 
through the feeder system while meeting emergency loading and voltage (i-e., ANSI Range “B”) 
criteria. “Solving” outage problems of the substation and subtransmission level with a “strong” feeder 
system is only one way to achieve high operating reliability, but often a cost-effective one. 


Inter-level reliability augmentation, using a strong feeder system to cover contingencies at the 
substation level, therefore permitting the utility to run substations at a utilization close to 100%, is 
often a very cost-effective way to achieve satisfactory reliability, at least on paper. 


Contingency-based (traditional) planning is straightforward, requires only normal planning tools, 
and provides good results when equipment utilization is below 70%. It fails to see “simultaneity 
problems” when utilization is above 80% and can therefore lead to operational reliability problems. 


Reliability-based (probabilistic) planning is more complicated and requires specialized analysis 
tools, but will identify vulnerabilities in high-utilization-factor systems as well as give indications of 
how to fix those problems economically. 


Operational complexity can be traded for low cost and high reliability through artful arrangement 
of configuration and switching. Simple-tc-operate systems cost aboui 32% more than those that 
provide similar reliability through complicated arrangements oi mutually supporting switchable zones. 


Sectionalization can make a big impact on reliability, because it follows the first rule of reliability: 
“Make certain customer interruptions never happen.” 


The primary goal of protection engineering is protection. Good sectionalization can not come at 
the expense of providing sound protection against unsafe or damaging operating states. 


Recloser-sectionalizer schemes improve reliability in cases where T-C coordination is not possible, 
and, if used properly, “smarter” units can be used to actually restore, not just sectionalize, when a fault 
occurs. 


Cost effectiveness evaluation can be used to both fine-tune sectionalization and switching schemes, 
but also to evaluate to what extent sectionalization, switching, and configuration design options offer 
more “bang for the buck” than other options such as improved field forces or different types of 
equipment, etc. Marginal cost effectiveness evaluation is superior in identifying advantages of one 
option over another in these situations. 


Fuses and switches have reciprocal interactions with feeder layout, customer distribution, and 
reliability. Fuses protect customers upstream of their fuse location from the effects of outages 
downstream of their location. Switches protect customers downstream from the lasting effects of 
outages upstream of them. 
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Regardless, multi-branch designs are rarely selected because of these differences with 
respect to sectionalization and protection coordination. When multi-branch designs are 
preferred for reliability purposes, it is almost always because of the much greater cost- 
effective switching capabilities they provide for restoration. The differences in 
sectionalization are merely something planners work to their advantage in the details of 
their feeder design. 


14.7 SUMMARY OF KEY POINTS 


discussed how the basic cost of a feeder varies little among a wide range of 
well-engineering possible types of feeder layout — large trunk, multi-branch, “feathered” 
design, and others. This wide range of “same cost” designs means that planners have 
tremendous flexibility in being able to select and refine feeder configuration in order to 
achieve good reliability at low cost. Different configurations do not, in and of themselves, 
provide necessarily better reliability. Rather, they offer different economies of scale in 
attaining reliability. 

Configuration interacts with and enables both sectionalization and restoration capability. 
With respect to sectionalization, a choice of one configuration over another does little in 
and of itself to provide additional reliability. Protected to the minimum degree required for 
safe and sound (damage free) operation, most configurations offer similar levels of 
customer service reliability. However, one configuration may offer more potential for cost 
effective spending sectionalization than another. Some configurations provide little 
opportunity for effective sectionalization. Others offer planners a good deal more reliability, 
if they are willing to pay for and properly coordinate more protective devices. Most 
typically, configuration will enable up to a 20-25% difference in customer service 
reliability, by enabling planners to spend and apply well up to 35 to 60% more on 
sectionalization equipment. 

With respect to switching, different configurations offer very different capabilities. 
Generally, multi-branch configurations provide a potential to tolerate more severe outages 
at lower cost, but only if the utility is willing to apply rather complicated switching 
arrangements. Optimized multi-branch designs can provide high levels of reliability at up to 
33% less total cost than simpler-to-operate iarge-irunk designs. One advantage of a strong 
feeder system with good contingency withstand capability is that it can provide mitigation 
in cases of outages at the substation and subtransmission levels, often to great economic 
effect. 
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Multi-Feeder Layout 


15.1 INTRODUCTION 


Most distribution systems consist of many feeders arranged into a “feeder system.” While it 
is important that each feeder be well engineered and properly laid out, the arrangement of 
the feeders into a system is of paramount importance. This chapter looks at several layout 
concerms that revolve around the arrangement of two or more feeders and their interaction, 
building on the switching-tie considerations covered in 

This chapter begins in section 15.2 by addressing the question most often asked about 
feeder system layout — “How many feeders should there be in a substation area?’”’ Section 
15.3 then addresses feeder system planning based on the perspective that the system must 
“cover the ground between substations,” and presents several layout techniques. Section 
15.4 addresses how flexibility to accommodate possible future load growth can be added 
without driving up present costs. Formulae for estimating feeder system cost are presented 
in section 15.5. Section 15.6 summarizes the chapter and presents a tabie of key points. 


The Systems Approach: Feeders Are Only Part of the System 


As discussed in a power delivery system consists of many levels of equipment, 
including subtransmission, substations, feeders, and service. The recommended perspective 
for planners is to always view each level as part of the larger whole and to plan it using the 
system's approach. When laying out a particular feeder, the goal is not to minimize its cost, 
but to plan it so it permits lowest overall total system cost. 

Similarly, decisions about the economy and reliability of feeder system as a whole — 
voltage, number of feeders, and so forth, should all be made with this same perspective. In 
some cases additional construction or capacity installed at the feeder level will permit larger 
savings to be achieved at another level. Similarly, there are cases where “feeder level” 
performance issues are best solved by making alterations at another level in the system to 
change the situation at the feeder level. There is no hard and fast rule about how to do this, 
and thus the only consistent way to minimize cost is to always apply the systems approach 
— feeders are only one part of the whole and their interaction (electrical and economic) with 
other parts of the system must always be kept in mind during all phases of the planning 
process. 


553 
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The systems approach avoids “feeder at a time” myopia 


When working on distribution design, analysis, or enhancement, planners will often apply a 
“feeder at a time” approach. A feeder will be studied in isolation from the rest of the 
system, as its specific routing, conductor sizing, protection, equipment selection, and a 
myriad of other details are developed. This serial, feeder-by-feeder approach simplifies the 
analysis and engineering process. Such focus is essential in certain phases of engineering. 
However, it can lead to a kind of design myopia which is responsible for many missed 
opportunities for savings and service quality improvement when extended to planning. 

Planners must remember that individual feeders are not rigidly defined units unto 
themselves. A “feeder” is all the downstream circuitry fed by a specific feed point (usually 
defined as a breaker position on the low-side bus) at the substation, and the feeder's 
configuration at any moment is defined by the open points which terminate its electrical 
pathways. The route, service area, and load for any particular feeder can be changed by 
simply opening and closing several tie switches, or even more extreme changes rendered by 
constructing a few short new segments and adding open points so as to alter the feeder's 
boundaries quite significantly. 

Very often, problems on a particular feeder (e.g., overloads, low voltages) that appear to 
require expensive reinforcement can be mitigated by re-allocating portions of that feeder's 
load to nearby feeders through such means of switching or light construction of a few 
segments to permit a different split of the load. In many cases the result is that the 
operational problems no longer exist, and in other cases, while a problem remains, its 
solution is now less costly. While almost all distribution planners understand this concept in 
theory, many tend to forget it when evaluating and planning feeders, particularly when 
examining alternatives to upgrade existing feeders to handle new or growing load. 


15.2 HOW MANY FEEDERS IN A SUBSTATION SERVICE AREA? 


How many feeders should a substation have? The best number of feeders depends on many 
factors, beginning with the concept of “feeder” being used. As stated above, perhaps the 
most unambiguous definition of a feeder is “a feeder is all primary voltage circuitry 
downstream of a low-side protective device at the substation.” 


The Classical (and Often Inappropriate) Perspective on Feeders 


The classical perspective on feeder layout and the recommended number of feeders to serve 
an area viewed feeders as each being a tree-like circuit serving a “slice” of a round or 
hexagonal service area (Figure 15.1}). Increasing the number of feeders was seen as a way to 
increase the capacity of the substation and also as a way to “prevent an increase in feeder 
voltage drop” as load increases.’ This perspective is valid - in a very narrow sense — but it 
is based upon three assumptions about feeders inappropriate to modern distribution 
planning. 


Role rather than economic selection of line-type. Feeders in classical distribution 
analysis are laid out based on line-type selection criteria defined by a segment's role, 
not its loading or load reach requirements. For example, the results in the 
Westinghouse “Green Book” (footnote below) are all based on feeder trunks being 
4/0 conductor, branches either #2, 2/0, or 1/0 (depending on type of layout), and 
laterals being # 4, regardless of loading, reach requirements, or other factors. 


' See, for example, “Subtransmission and Distribution Substations,” Chapter 3 of Electric Utility 
Distribution Systems Engineering Reference Book (Dillard,\1959), particularly pages 80 - 81. 
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Figure 15.1 Three feeders depicted from a classical perspective, which viewed feeders as composed 
of standardized line segment roles and serving a defined “angular slice” area. The feeders here all 
have trunks that head straight out from the substation of identical wire size, even though they serve 
vastly different loads. 


By contrast, modern distribution planning lays out feeders with line types sized 
according to economic and performance requirements. Thus, the two layouts shown 
in serving the same load, have the same voltage drop, and consist in 
large part of the same segments with the same economically selected wire sizes, 
even though the feeder layout on the left consists of two “feeders” and that on the 
right only one “feeder.” Both layouts have virtually the same cost.’ 


No reliability considerations. Impact of layout on service reliability in the sense it is 
used at the present time is simply not assessed in classical distribution system 
analysis. 


Euclidean rather than grid routing basis. This real-world factor and its impact on 
feeder layout and performance estimation was discussed in|Chapter 13] section 13.2. 
As mentioned there, the effect of using Euclidean distance in analysis of feeder 
system behavior and performance is to underestimate cost and voltage drop, as well 
as to lead to assumptions that are unrealistic about feeder routing and layout in 
general. Generally, feeder has to follow a grid-like pattern of streets and property 
lines, so a “Lebesgue” distance measure is more appropriate. The classical view of a 
feeder and its role in the system neglected this reality. Many traditional rules of 
thumb were based on that view, assuming that the feeder trunk heads away from the 
substation in a straight line in any direction needed (as shown in Figure 15.1) and 
that laterals can always branch at a ninety-degree angle to the trunk. In truth, man 
of the illustrations in this book use the same simplification (see for example, Figure 
14.18), but that is only for illustration purposes. Concepts and formulae are 
developed based on Lebesgue distances. 


? As mentioned earlier there is a very slightly higher cost for the single-feeder layout, but this amounts 
to no more than .25% higher cost for several segments of “big wire” that represent the only 
difference between the two layouts. 
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It’s Feeders, Not Feeder 


At the heart of classical distribution engineering and planning was the concept of a feeder 
as a specific unit — for example, a set of lines assembled with 4/0 trunk, 2/0 branches, and 
#4 laterals, serving a specific area of the system, period. Modern planners must realize that 
this is an obsolete viewpoint, one that will limit their creativity in achieving good designs, 
and create considerable inefficiency in their plans, if applied today. A “feeder” in the 
modern context is merely the combination of: 


1. an injection point at a substation into what is usually a physical network of 
primary-voltage lines 


2. selection of a set of opened and closed switch points which radialize the flow 
from that one injection point 


The selection of open and closed points in the feeder network determines the loading seen 
at the various injection points, the amounts of flow through the network, the balance of 
loading among circuits, and the distribution of reliability (particularly SAIFI) seen 
throughout the network. 

For engineering purposes, a feeder is “all connected circuitry downstream from a 
protective device at the substation.” This definition identifies the portion of local 
distribution equipment which must be analyzed in a power flow study as a single unit 
because it is electrically connected and therefore acts as a unit in power flow studies. 
However, planners have great discretion over the normally open and closed points in the 
system. They cannot adopt this “feeder at a time myopia” that makes it more difficult to see 
the flexibility the network and switching gives them and the opportunities it creates. 


One Mile 


Figure 15.2 A more modern, and applicable, view on feeder layout and choosing the number of 
feeders. (A) Two feeders are used to serve an area of one and one-half miles. (B) Feeders have been 
combined into one feeder. The only difference between the two configurations is the “siamesing” of 
their first segments into one large line type. Otherwise, feeder layout is similar. The optimal tree 
structure for getting power away from a substation is not really affected by the decision of how many 
feed points to use to leave the substation. 
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illustrates the definition of a “feeder” in actuality and underscores the 
fluidity of its definition. On the left side, two feeders are laid out with optimum economical 
conductor sizing and routing. On the right, they are combined into “one feeder” at the 
substation using a very large cable for the single common segment leaving the substation. 
Otherwise, they consist of identical elements except for the first hundred or fewer feet out 
from the substation. From electrical loading, voltage drop, power flow, power quality, and 
circuit-cost standpoints there is no significant difference between these two layouts. Both 
circuit configurations cost virtually the same amount of money, both initially and over time. 
Both have identical line equipment, identical open points, identical flow patterns, and 
identical voltages throughout, except at the substation. The optimal circuit tree structure for 
getting power away from a substation into the surrounding area is not really affected by the 
decision of how many feed points to use to get power out of the substation. 


Reliability is a major difference, but not a decided advantage either way 


Ultimately, it is protection and reliability issues that most distinguish the two configurations 
shown in Figure 15.2, of a type not discussed in The “single-feeder” 
configuration on the right requires one less breaker and feeder getaway, meaning its 
substation costs are about half. (Capacity would be larger, and fault duty on the one, larger 
cable out of the substation might be higher, reducing this savings somewhat, but there 
would still be a considerable savings). Regardless, achieving adequate protection 
coordination from a safety or equipment damage standpoint would not be a problem for 
either plan. Both can be protected and coordinated well, whether there is one or two 
breakers involved. . 

Reliability is another matter, although not a simple one to analyze. The two-feeder 
scheme has a natural advantage in reliability. The “siamesed” configuration on the nght 
doubles every customer's exposure to lock-outs and to “blinks” from any reclosing breaker 
actions taken. The siamesed-feeder scheme on the right will almost certainly have a service 
interruption count (SAIFI + MAIFI) that will be much higher — perhaps double — that of the 
two-feeder case. 

But it is important to realize that the siamesed feeder costs less because of the aforesaid 
savings in breakers, etc. The real question is: if that money were spent on superior 
downstream sectionalization and protection for the single-feeder scheme, would that buy 
more reliability than it gave up because of the one breaker. In some situations, it will. The 
answer depends mainly on how much protection and sectionalization is included in the 
“base case” — the protection and reliability that both feeders start with in the comparison. 


Deciding on the Number of Feeders 


So how do planners determine how many feeders to put at a substation, or, conversely, what 
is the ideal “size” for a distribution feeder? There are two major concerns that need to be 
addressed. 

First, there is the matter of conductor size and line capacity limitations. If the load 
downstream of a point exceeds the available capacity of the conductor set, then that part of 
the system must be split into two paths. Thus, the siamesed feeder scheme on the right side 
of Figure 15.2 might not be an option in some cases, because no conductor large enough is 
available for the short feeder trunk for the first quarter mile out of the substation. If the 
largest wire size used by a utility is 336 MCM, then 12.47 kV overhead feeders are going to 
be absolutely limited to 7.5 MVA (that conductor’s thermal capacity), and there is an 


economic incentive with regard to efficiency to_keep the largest feeder somewhere in the 
range of 3.7 to 5.1 MVA (economic loading, see|Table 11.4) 
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One could argue that this is not really the case, that in actuality a utility selects the size 
of the conductors it uses based on the size of feeders it wants to build, not the other way 
around. That is rarely the case. It would be most correct to say that the appropriate feeder 
size and the standardized conductor sizes are determined jointly. But conductor capability 
dominates the decision on feeder size, not the other way around. And the reason is the 
higher X/R ratio of large conductor that much over 600 MCM. 

The higher X/R ratio of larger conductor size means there is not a whole lot of incentive 
for using wire sizes over about 600 MCM for major portions of distribution feeders. 
Basically, money spent on bigger conductor buys capacity but not load reach. Therefore, 
most typically the upper limit of “feeder size” selected by most utilities is around 5 to 7 
MVA for 12.47 kV feeders and proportionally higher at higher voltages — the middle of the 
economic range for conductors in the 500-600 MCM range, where X/R ratio starts to make 
itself felt (seel Fables 12.1]and (12.2). 

The other consideration is, of course, reliability, for the reasons discussed above. 
Planners who need superior reliability might decide to use small feeders — to split what 
could be one feeder into two breakers at the substation — in order to buy reliability. This is 
certainly one of the many options available to planners to improve reliability, but one often 
used when high levels of reliability need to be delivered to a particular point (e.g., build an 
express feeder). More generally, reliability considerations alone may require that the feeder 
be split into two or more portions in order to (1) provide adequately coordinated protection 
at a level of sectionalization consistent with reliability targets, or (2) reduce the extent of 
service interruptions caused by any feeder lock-out sufficiently that the expected service 
interruption rate is within standards. 


15.3 PLANNING THE FEEDER SYSTEM 


The multi-feeder planning process is only part of distribution planning, but a big part, for 
feeders are the building blocks of the distribution system. Generally, it is recommended that 
the planning of feeders be done in conjunction with the layout of the whole system, and as a 
step after the forecast and substation-level or “strategic” planning has been completed (see 
[Chapter 26} This section discusses various aspects of feeder planning that will lead to 
better quality: more economical and reliable plans; a more orderly and quicker planning 
process; more credible and dependable procedures. 

identifies three “truths” about actual feeder system layout, which can be 
summarized as: the feeders will “reach everywhere” regardless of how they are laid out; 
branches and trunks are just larger versions of smaller line segments; and open points are 
used to fashion service areas and loadings. gives three constraints that affect 
what the distribution planner can do to lay out the feeder system. They can be summarized 
as: lines only have so much capacity; voltage drop must be considered; and the more 
customers served by a common circuit, the more will be out of service when it fails. 

Finally, it is worth keeping in mind that the planner is juggling four goals in the layout 
of the distribution system {Table 15.3). Given the realities and constraints, the distribution 
feeder planning process and the layout of a feeder system boil down to something like the 


process shown in determining: 


1. where open points will be put in the system 
2. which segments will be reinforced to act as branches and trunks 


3. what part of the resulting “distribution grid” will be assigned to an individual 
protective device (fuse or breaker) at the substation 
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Table 15.1 Three Key Observations about “Real” Feeder Systems 


The feeder system is ubiquitous, reaching every service transformer with at least 
the smallest line type. Some type of line must ran down nearly every 
street or block. 


Branches and trunks, and all other application of “larger than smallest wire,” are 
merely reinforcements of selected parts of the distribution grid so that 
power can be trans-shipped through it efficiently to reach required 
locations. 


Open points (switches, double-dead ends, or missing segments in the grid) are 
“installed” where necessary to limit “load downstream” of a segment or 
location to a specific amount. A feeder's service area is defined and the 
load it serves determined by the open points in the grid downstream 
from it. 


Table 15.2 Constraints that Define Feeder System Layout 


Capacity is a limitation in all engineering applications. The lines in the conductor 
set only have so much capacity. For example, the 12.47 kV lines used 
in this chapter's case studies can move over 20 MVA (1,113 MCM), 
but are limited to 8.3 MVA as the upper end of their linear economical 
range. 


Load reach is both a target and a constraint. For example, a 12.47 kV system built 
with economical conductor selection can move power up to about 3.3 
miles while staying within range A voltage drop criteria. At this 
distance it achieves maximum economy as a system, not just as 
individual conductors. 


Connectivity most be assured. All customers served by the same electrically 
connected distribution assembly (a feeder) will experience service 
interruption if the assembly fails or if the circuit “blinks” for any 
reason. 


Table 15.3 Four Major Goals of Feeder System Layout 


Economy should be maximized. The feeder system should be as inexpensive 
as possible while meeting other requirements. 


Electrical performance must be satisfactory. The system must work within 
electrical and loading requirements. 


Reliability (frequency of interruption) must be maintained within acceptable 
limits. The number of expected service interruptions should be kept 
low. 


Contingency (duration) must also be contained. When an interruption occurs 
there should be a reasonable way to restore power in advance of 
repairs. 
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1. Grid Must Reach Everywhere 2. Capacity and Extent Constraints 
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3. Identify Trunk and Branch Routes 4. Size Segments & Radialize 


Figure 15.3 The fundamental feeder layout process begins by observing that the “distribution grid” 
must reach all load locations (step 1). Number of feeders is really determined by constraints of 
capacity (line rating) and extent (interruption spread) and must be applied on a multi-feeder basis, 
looking at all adjacent feeder areas (step 2). In the illustration here, presumably the constraints were to 
keep feeder load under 7 MVA (which defines three of the feeders) and the number of customers 
downstream from a breaker under 3,000 (which defined two). Routes suitable for trunks and branches 
are identified in a step which can be done on a feeder-by-feeder basis (step 3, shown for only one of 
the feeders). Then the actual feeder configuration is laid out, determining the open points and missing 
segments that define flow pattern and the line segment sizes that go along with them (step 4, again for 
only the one feeder). Steps 3 and 4 can be done largely on a feeder-at-a-time basis if switching and 
contingency considerations are not involved. Number of feeders has little to do with the routing or 
line sizing, but is an early part of the layout process and basically a response to capacity and reliability 
constraints, not engineering criteria or design goals. 
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shows the major steps in planning the feeder system layout. The steps 
shown are simplified, and are actually interrelated — for example steps 2 and 3 are 
somewhat mutually influencing — exactly how and where the region is broken into feeder 
areas will depend somewhat on what routes are available for major branches and vice versa. 
The first two aspects of layout and planning are heavily interrelated, revolve around 
electrical performance, and have to be done jointly. The third aspect, which really boils 
down to answering the question “how many feeders are required?” is somewhat separate. 


Avoid “Feeder at a time” Myopia 


As stated in the introduction, the concept that a feeder is a single, immutable item and the 
resulting concentration on how to fix “it” is the single largest pitfall made by most 
distribution planners. The feeder system is the important entity — feeders and feeder service 
areas are fluid — they are easily changeable. 


Coordinate Substation and Feeder 
Level Design Standards 


discuss the role of the feeder as a building block of the distribution system 
and the improvement in economy, efficiency, and electrical performance that accrues from 
selecting voltage level, conductor economics, and layout styles to be compatible with the 
similar types of decision which must be made at the subtransmission and substation levels 
(e.g., how many transformers are used in substations and what are the subtransmission 
voltages?). Good feeder planning should build on coordination of the entire 
subtransmission-substation-feeder level design standards and their equipment specifications 
and economies. 


Always Start with an Economical 
Set of Line Types 


Chapter 12 discussed line segment economics, including economic selection of line type, 
design of an economical conductor set for laying out feeders, and the fact that in general all 
the line types in a conductor set will have roughly similar load reach, meaning that a feeder 
laid out by sizing line segments purely on economic principles will have a load reach equal 
to that of the conductor set from which it is built. 

Economic selection of conductor in all cases, and the existence of a good conductor set 
designed to fit the needs of the distribution system, is assumed in all discussions of feeder 
layout and feeder system layout in this chapter (and in the this book for that matter). Good 
feeder planning starts by picking a good set of line types and sizes, so that economical 
linearity of cost is achieved over the entire permissible range from low load levels up to the 
point where high X/R ratios dictate non-linear costs with higher loadings (see Chapter 12). 
It means evaluating the requirements for and economics of load reach over the planning 
horizon being used (whether thirty years or thirty months) as outlined there and in this 
chapter. And it means adhering to the recommendations on line size and type that flow out 
of that analysis in all cases. 


Consistent Contingency Support Policy 


Chapter 14 discussed both the degrees of contingency support which can be built into a 
feeder system and the approaches to providing that support. Planners should identify what 
level of contingency support strength will be part of their system (i.e., feeder level, 
transformer level) as well as the general approaches they will use to obtain it (single zone, 
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One Mile 


boundaries of proposed feeder areas 


Figure 15.4 Backwards trace method of studying feeder configuration applied to two planning 
problems involving geographic constraints. The method begins by identifying a set of load points for 
study (small circles). Included must be load points that are worst cases affected by any geographic 
constraints, such as a river (which can be crossed only at the bridges (dark lines) or a wilderness 
area/park (through which feeders are not permitted). Black dots indicate worst case points from the 
standpoint of feeder routing distance from the substation. The backwards trace search for the “total 
least distance feeder layout” starts by studying minimum length routes from these constrained points 
(black dots) back to the substation (the solid line shown on each diagram). The method then attempts 
to consolidate all routes from the other (unconstrained) dots to those constrained routes. All routes are 
limited to following the street grid (not shown) and as much as possible should pass through other 
load points, creating the beginnings of a plan for feeder routes. 
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One Mile 


Figure 15.5 The example rectangular street grid example from but with a multi-lane 
parkway (and available ROW alongside it) running diagonally through the area. The feeder route 
following it (broad line) saves 1/2 mile over any rectangularly routed line. 
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three zone, etc.) before beginning the planning process. There are two basic approaches to 
contingency policy determination and its application: 


Contingency-scenario based planning. The traditional approach is to identify 
contingency support needs by designing the system to meet certain failure scenarios 
such as “the feeder is lost at the substation” by providing ways to pick up the load in 
every such case. Contingency support based planning would say something to the 
effect that “we always provide a way to pick up at feeder if it fails at the substation 
getaway under peak conditions” and then apply this as a design constraint. 


Reliability-index based planning. Newer, more effective but more difficult than 
contingency-scenario planning are methods that apply contingency support planning 
selectively in proportion to need and results. This begins by picking reliability targets 
and then providing whatever contingency support capability is required to meet 
them. This is tantamount to saying something like “We design to provide an average 
frequency of 1 outage per year and duration of 2 hours per year on a feeder by feeder 
basis, and we provide whatever level of contingency backup — multi- or single-zone, 
feeder level, transformer level, or substation level — that is required to achieve this 
predicted level of reliability on each feeder.” 


This type of planning is very difficult without access to software and data that can 
compute reliability indices on a node or segment basis for any particular configuration. 


“Backward-Trace” Layout Produces Good Results 


Clearly, there is a powerful incentive for distribution planners to find a feeder configuration 
that has the shortest possible total length. Rarely (except in example problems in books like 
this) is this task easy to accomplish. Usually it takes study and a bit of trial and error (even 
when using computer-aided design tools) to find a really effective configuration. The 
following four-step procedure works well in guiding planners toward finding the 
configuration with the least cost. 


1. Identify all the geographic constraints — areas that cannot be crossed, areas 
where construction must be underground, etc. These are areas to be avoided. 


2. Identify all special opportunities — diagonal routes, etc., which might 
contribute to lower cost. 


3. Identify a set of load points on the periphery of the area to be served by the 
feeder, as well_as a load point that is the “worst case” in terms of each 


constraint (Figure 15.4). 


4. One by one for each of the load points identified in step 3, work backward 
from it toward the substation (rather than the other way around) trying to find 
the shortest route(s) as shown by the solid lines in Figure 15.4. 


This last step is the essence of the “backwards trace” method. Generally, it proves easiest to 
start with a particular load point and try to identify the shortest route back to the substation, 
then do similarly for another, and then yet another load point, until a pattern or general 
trend among the routes starts to emerge, from which the planners can then build on to 
complete a configuration layout. Starting at the substation tends to blur the planners’ vision 
— they know that eventually they must go from that substation to many points — and makes 
the job much more difficult. But by starting with individual load points and working back, 
one at a time, keeps focus on one part of the problem. As planners identify shortest 
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backpaths from each point, they will begin to see commonalties among the paths which can 
be used as major trunk and branch routes. 


Try to Use Non-Rectangular Paths 


One recommendation toward reducing total feeder length is to utilize any non-rectangular 
path through a grid of streets on property lines. illustrates an example. A 


diagonal street, ROW, or whatever through a street grid can give up to a 40% improvement 
in the length of feeder needed for elements of the system traveling along it. In laying out a 
feeder, planners should always look for such routes first, then try to work them into the 
plan, where possible. When there is such a right of way, it may change the planner's 
preference for large-trunk versus multi-branch layout. In the area shown in Figure 15.5, a 
large-trunk design (whose one large trunk can fully take advantage of the diagonal route) 
would have an advantage over a multi-branch design (only one or two of whose branches 
could take an advantage of this special route) which would render it potentially more 
economical. 


15.4 PLANNING FOR LOAD GROWTH 


A good deal of distribution planning involves planning and layout of distribution systems to 
accommodate future load growth. The cardinal rule of planning to accommodate such load 
growth is to find a way to handle long-term growth economically when it happens, but not 
to spend today for that load growth. There is more behind this goal that just the typical PW 
concerns about spending now versus spending later. For in addition to those time-value-of- 
money concerns, there is often great uncertainty about whether the possible load growth 
will occur. In some situations the load forecast is dependable, but in many situations there is 
considerable uncertainty about if, and when, load growth will occur. 

In such situations, distribution planners should strive to preserve the flexibility needed to 
meet load growth in an economical and efficient manner if it develops, yet spend nothing 
now to do so. Planning involves finding ways to avoid spending money today, while 
leaving viable, economic options for tomorrow’s possible load growth. The best way to 
accomplish this 1s: 


Identify the limits of growth, or a lack of it. This means studying the possibilities of 
load growth, change, and shifts in conditions, and trying to forecast what is most 
likely and the limits to growth. Planners should always keep in mind that any load 
forecast is probably wrong, at least to a small extent. But the fact that the future 
cannot be predicted perfectly is no excuse for not studying it at all. 


Plan ahead. Often, planning for long term load growth means nothing more than 
leaving a way to add or make changes in the future. Spending anything today for 
long term growth should be avoided where possible. As mentioned in 
design flexibility, if identified early enough, is usually considerable and as a result it 
often costs nothing to choose a layout that leaves room for growth. The key is to 
look ahead, identify what might happen, and consider how that can fit into the plan 
in an orderly manner over the long term. 


Load Forecast 


The best preparation for load growth is to have a good forecast of (1) the load that is 
expected to develop, (2) the load that might develop but for which there is uncertainty, and 
(3) the reasons for and conditions controlling that uncertainty. Good spatial forecasting can 
provide distribution planners with al! three. and|27| summarize load forecasting 
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Load in new areas increase in density 


Figure 15.6 Maps of load (shading indicates amount of load) show the twenty-year projection for load 
growth in and around a large city. Load growth occurs both as new loads in previously vacant areas 
and as increases in the density of existing loads. Impact on feeder planning is different depending on 
which of the two cases occurs in an area. 


requirements, methods, and application. More detail on such methods can be found in 
available references (Willis and Northcote-Green, 1983; Engel et al., 1992). 

Recommended practice for distribution load forecasting is to apply some form of spatial 
forecasting, on a much larger-area basis than just individual feeder areas, as shown in 
Figure 15.6. Ideally, planners should start with spatial forecasts and perform a “top-down” 
strategic distribution plan that identifies how subtransmission and substation levels will 
handle the growth and looks at the feeder system as a whole before focusing on individual 
feeders. 

Spatial forecasting does not have to be a complicated or involved process — although 
there are many cases where considerable effort is justified and quite exotic methods are 
most useful, often a simple assessment of possibilities and a basic forecasting method are 
all that is needed. The key step to is to do a forecast in some credible and documented 
manner. Often the greatest value added by such a spatial forecast will be in identifying the 
limits of possibilities — i.e., essentially identifying scenarios for Muiti-Scenario Planning — 
what won't happen even if exactly what will happen is uncertain (Chapters 25]and/26). 


Handling growth of existing loads in the feeder area 


From a feeder planning perspective, there are two impacts of load growth, depending on the 
location of that growth relative to the feeder. Growth of the “original load,” that native to 
the area already served by the feeder, requires that the feeder handle an increasing load over 
time. Growth in new areas, currently not served, requires additional sections or extensions 
of the feeder system to be built (Figure 15.6). A general increase in most or all of the 
original load served by the feeder is best accommodated by including load growth in the 
economic conductor sizing and planning evaluation done when the feeder is originally 
planned. For example, if a forecast of future customer usage for a residential area projects a 
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long-term growth in load that averages .5% annually, or if it projects an expected major 
new load in a few years, then the feeder planning should be done using: 


Conductor size based on loading tables adjusted for load growth. The evaluation 
of present versus future cost must account for the increased future losses costs 
which load growth will produce (see Chapter 7, for a discussion of 
how load growth can be included in the conductor sizing economic evaluation). 


Layout constrained by load reach for the final load level. For example, 5% 
growth over twenty years results in a 10.5% growth in load, which makes a 
corresponding decrease in the load reach of feeder segments — a feeder that could 
satisfy voltage drop constraints out to a distance X with original load Y will be 
able to do so only to a distance X/1.105 when the load has grown to 1.105Y. 


Expanding to serve new spot loads in existing feeder areas 


Often the load growth expected in the feeder area is not a general increase, but a specific 
amount at a certain site, such as in the planning case shown in Figure 15.7. Here, a new 
regional high school with a 1.4 MW load is expected to be added about seven years after 
the construction of the feeder, which prior to that will serve a load of 7.0 MW. This 20% 
load increase of the feeder's peak load represents between a 20% and 100% increase in the 
line segments’ loads along the feeder route leading to the new line (dotted line on left side 
of the figure). These segments should be sized using an economic evaluation of losses that 
shows a step function in their loads in year 7 and onward, because such large increases will 
make a big difference in the PW of losses on those segments. This will make only a modest 
change in the conductor size called for along the route because the PW of the losses 
increase is discounted by being far into the future. 


First ten years After year ten 


One Mile 


Figure 15.7 A 1.4 MW load (dark dot) is highly likely to develop ten years after this feeder is built 
(initial configuration on left). The most obvious plan for growth would be to plan the line segments 
along the feeder route leading to it (dotted line, left diagram). Instead, a lower cost option is as shown 
at the right. Dotted lines and circled areas are explained in the text. 
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However, this big of a load increase will make a noticeable increase in the voltage drop 
downstream of the new load (i.e., the increased loading will reduce the load reach of the 
feeder route shown by the dotted line). The slightly larger conductor called for on an 
economic basis cannot provide the required voltage drop performance. Voltage drop shown 
in the area circled by the dotted line on the left side of will drop below range A 
requirements when loads are at or near peak conditions. Thus, conductor along the route or 
elsewhere would have to be upgraded, more than is justified on the basis of PW economics 
alone, just to accommodate minimum voltage drop requirements. 

Instead, the planners build the feeder initially as shown, but with a plan to convert it to 
the configuration shown at the right when and if the new load really develops. Only the 
small portion of feeder (dotted line) needs to be sized using conductor economic evaluation 
that shows a step jump in load after year ten. A new branch to serve the added load, anda 
few customers in its immediate vicinity, is planned to be built and cut into service as shown. 
The portion of the original feeder circled in the right side of Figure 15.7 is planned with 
economic conductor sizing evaluation of future PW losses costs that shows a slight drop in 
load after year ten (and thus tends to be specified as smaller than it would otherwise be). 


Extension to Serve Load Growth in “New Areas” 


As shown by the load maps in often load grows in previously vacant areas — 
where there was no load, and no facilities, prior to the growth. The best way to plan for 
extension of a feeder into these areas of new load growth is to plan for such growth as part 
of a long-range strategic plan, in which feeder expansion is coordinated with the expansion 
planning and evaluation of options at the subtransmission, substation, and feeder levels, 
planning that balances their interaction and expansion costs to achieve the overall minimum 
cost. Assuming that such planning has been done, and a particular feeder has been 
identified as the one which will be expanded to pick up the load in a newly growing area, it 
is best to plan how it will be extended in advance. 

Planning for load growth, and for new area growth in particular, often uses the approach 
of “splitting feeders” as shown in Figure 15.7. Most suburban feeder systems grow through 
a process of addition and reconfiguration that is a gradual, evolutionary change in 
configuration, involving splitting of feeders and branches as or more often than replacement 
and upgrading of conductor. 


Splitting Feeders 


As an area's load grows, the feeders and branches serving it can be split, as shown in 
There are four reasons why “splitting” a feeder into two or more parts as the load 
grows is preferable to upgrading its conductor sizes in selected areas so that its capacity 
grows with the load. 


“Feeder economics.” If the feeder was planned so it was a good investment prior 
to splitting, then it was probably planned so that its initial load was near the upper 
end of the economical linear range (see ~ particularly “Most feeders 
are the same size”). Continued growth will push load past the top end of the 
economical range, meaning there is no way to achieve really high levels of 
economy if it stays in a single-feeder configuration. 


Upgrading an existing line costs more than building that larger line from new (see 
Chapter 1,|section 1.4). Splitting a feeder, which means essentially building that 
capacity along another route, is often far less costly. 
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Figure 15.8 Extension of distribution into new areas (shaded) should be planned far in advance — 
ideally when the original feeder is built. Here, what will eventually grow and be split into two feeders 
is initially built as one feeder, then expanded to where it serves a bit more than its optimum desired 
economic load for a brief period, then “split” into two feeders, as shown. The dotted line in the 
rightmost diagram encircles the area served by the second feeder created. Properly organized and 
planned, it is almost always possible to build toward the ultimate plan while never having to overbuild 
in the short run. 


Load reach problems. Building a feeder so it can handle substantially larger 
amounts of load and service distances means that it will need oversized conductor 
purely to provide load reach for future load growth.’ This was the case in the 
example discussed in Figure 15.8 — that planning situation was what one could 
term “splitting a branch” and it was done for all the same reasons as planners often 
want to split a feeder. Overseeing of conductor in order to meet load reach needs is 
not economical in the long run, and as costs in that period dominate PW cost, such 
oversizing is seldom justifiable. 


Identify problems early. By planning in the long run to do so where possible, 
planners can foresee many of the situations where they will not be able to split 
feeders and where reinforcement of feeders will be the only option. This allows 
them to make what provisions they can early on to reduce the eventual (high) cost 
of reinforcement. 


The best way to achieve economy over time in the presence of load growth is to upgrade 
configuration, not segment capacity, of the feeder as the load grows. 


Risk Minimization for Uncertain Load Growth 


Sometimes, great uncertainty exists about the forecast of future growth in an area. To 
minimize the cost impact of load growth uncertainty, planners can endeavor to lay out a 
feeder so that all segment loadings fall at the lower end of their economic ranges. There is 
as much art as science to this approach, but this “trick” can make a big difference at times, 


> “Oversized” as used throughout this book means larger than whatever size conductor might be 
specified due to anticipation of growth and the higher losses costs it will bring. Losses economics 
alone will never specify that a conductor be upgraded for voltage drop constraint reasons. 
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Figure 15.9 Artful selection of layout, particularly when using a multi-branch style, can result in a 
feeder where almost all segments are loaded economically but with loadings near the bottom or 
middle of their particular line type'’s economical load range. At the left, when every segment of a 
three-branch layout to reach 108 is sized economically, critical points on the feeder are at or near the 
maximum loading for their conductor size’s economical range (only points on one branch are 
indicated, but all branches are the same). If load growth occurs, this feeder will have to have some 
segments reinforced to larger conductor size. 

In this case, a switch to a four-branch design (at the right) yields exactly the same total feeder 
length and virtually identical PW cost when all segments are sized economically, but results in trunk 
loadings that fall into the middle of the economical ranges. Thus, it has the same PW cost but capacity 
to handle expansion without upgrades or modification. The great flexibility of layout discussed in 
and| 14] permits planners to search for, and often find, plans with identical PW costs that 
have differences like those illustrated here. Note: there is no hard and fast rule on how to find such 
plans. Increasing the number of branches does not always accomplish this “trick,” but usually some 
such change does. This type of approach remains partly a “black art” and some planners are simply 
better at it than others. 
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endowing a feeder with an almost magical robustness with respect to load growth — 
economical if the load does grow; economical if it does not. 

In the examples given in (Chapter 19 [Table 12.2]a 12.47 kV three-phase line with 336 
MC® phase conductor has an economical loading range of from 3.7 MW to 5.1 MW. Thus, 
a segment planned to have a peak load of 5.1 MW is economical, but has no room for load 
growth (beyond anything “built in” to the conductor sizing analysis). However, a 336 MCM 
segment planned with an original load of only 3.8 MW (the middle of the range) is as 
economical from a planning standpoint and has room for 33% load growth before it is 
outside of its economical range for 336 MCM. 

Given the very great flexibility of feeder layout as discussed in Chapter 9, it is usually 
possible to find a feeder configuration where a majority of line segments naturally fall into 
the lower part of their respective ranges. This can usually be accomplished, but requires 
artful arrangement of branches, lengths, and routes. The key is not to increase cost by 
changing configuration to achieve the desired “bottom of the economical range” loading 
characteristic, but rather to stay within the many minimum cost configuration, which 
normally exist. The author knows of no formal procedure to work toward this goal: It 
remains partly a “black art’ and some planners are simply better at it than others. The 
additional planning effort required to do so is worthwhile in situations where the future load 
served by a feeder has uncertainty as to the eventual load growth. So arranged, the feeder 
will be economical whether the load grows or not, over a wide range — cost will be 


minimum regardless of what is required. 

shows a simple example, which illustrates both the concept and the way 
costs counterbalance as configuration is changed. A three-branch feeder layout to serve a 
total of 10.8 MW loads its branch trunks (4/0 conductor, 1.66 to 3.7 MW economical range) 
to 3.6 MW at peak, leaving less than 3% for growth within the economical range. A four- 
branch design results in branch loadings of only 2.7 MW, leaving 33% remaining capacity 
for growth. Total length of primary circuit remains unchanged — while there is one more 
branch, there is less length of lateral. Capital cost of the four-branch design is slightly 
higher (the price planners must pay for load growth insensitivity in this case), but lower 
losses makes up for that in the long run and PW cost is identical, and the feeder can now 
handle considerable growth with economy. 


15.5 FORMULAE FOR ESTIMATING FEEDER SYSTEM COST 
The cost of a proposed feeder can be estimated by adding together the cost of all segments 
as individually estimated by the linearized cost model discussed in|Chapter 7. 


feeder cost = », (F, (I, x d,) (15.1) 


where the summation is over all line segments, indexed byi € [1,2,... TI], 
l; is the loading on segment I, 
F, is the function at voltage v that gives the cost 
approximation for loading ]; 
d;, the length of segment i. 


If all loadings are kept within the economical linear range — definitely a desired goal — then 
cost can be approximated even more simply. Since in this range 


F, (x d;) = f, x dj +s, ix dj 


for every segment, then 
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feeder cost = >. (f, x d)) + (s, x 1,x d) (15.2) 


where the summation is over all line segments, indexed byieé [1,2,...]] 
f, is the fixed cost at voltage v, 
s, is the slope of the cost curve v in the linear range, 
l, is the loading on segment I, 
d;is the length of i. 


? 


This and equation 15.1 both neglect any costs for the feeder due to reinforcement for 
contingency support. 

Working with the fact that equations 15.1 and 15.2 are linear, and that distances are 
measured by the Lebesque metric, one can obtain the following equation which gives a very 
good estimate of the cost of the minimum-cost feeder that can be built 


feeder cost = s, x ( DAK - x;| + lys- yj)xl)+ fx Od) (15.3) 


where the first summation is over all loads, indexed by j, 
the second is over all segments, indexed byi¢ [1,2,... 1], 
f, is the fixed cost at voltage v, 
Ss, is the slope of the cost curve v in the linear range, 
dis the length of segment I, 
(Xs, ys) is the location of the substation, 
(x;, yj) is the location of the load, |, at point j. 


Equation 15.3 is an effective approximation: estimates are rarely off by more than 5% and 
usually are accurate to within 3%. Accuracy in ranking feeder costs (i.e., if evaluating 
which of two designs is less costly) is much better. If this equation is inexact to any 
significant degree, its estimates will be slightly low. It always computes a lower bound on 
the optimal cost of the feeder. 


Reducing the Cost of Planned Feeders 


Equation 15.3, while approximate, provides an interesting illumination into cost of feeders 
and ways that cost can possibly be reduced. Overall PW cost is the composite of two 
summations. The first summation is over all loads, and is called the load service cost. It is a 
function of the loads and their locations relative to the substation and the term s,, the linear 
cost from the conductor set evaluation. Essentially, this part of the equation predicts that 
PW cost of a distribution feeder will rise linearly as the load increases and as the Lesbeque 
metric distance between the loads and the substation increases. Neither is a surprising 
result, except perhaps that cost is linear with respect to both. I2R and Ohms Law not 
withstanding, given that a feeder is laid out well, total PW cost of distribution is linear with 
respect to distance and amount of power that must be served. 

The second summation in equation 15.3 is the routing cost. This is a summation over all 
line segments and is the product of the conductor set's y-intercept fixed cost, f, (the cost to 
build the smallest type of line) times the total length of all lines built. It does not depend on 
the loading or types of lines built. As far as the equation is concerned, the value of this 
summation does not depend on the amounts or the locations of the loads.’ 


* However, any acceptable feeder configuration must reach all the load points, so a bound on this part 
of the equation by that aspect of the loads is implicit. 
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Figure 15.10 Reducing the y-intercept by cutting the cost of the smallest line type reduces the cost of 
a line type used most, resulting in a considerable direct savings. Beyond that, reducing the capital cost 
of the smallest line type moves its whole curve downward, moving the breakpoint with the next 
largest conductor outward, so that the smallest line type is used more often, too. 


Equation 15.3 indicates that distribution feeder cost consists of two components: a route 
cost that is a function only of the total length of route taken by the feeders, not their sizes of 
the loads or their locations, and a load service cost that depends only on the loads and their 
distances from the substation, not the distances of the feeders built or the particular routes 
used within the feeder system to get power to any particular load. This assumes only that 
feeders are rather well laid out without waste of flow path, something that is not difficult to 
do in most situations. 

The planners have control over none of the aspects of the loads — those amounts and 
locations are set by the customers, not the planners. The planners can address only three 
aspects of this equation. First, they can try to reduce s,, the slope of the conductor set's 
economical linear range (see and [12). This is done by selecting a set of 
conductors well and making certain the lines and loads are as balanced as possible. Second, 
the planners can try to reduce f,, the fixed cost (y-intercept). This is done by providing for a 
very low-cost, low-capacity alternative near the bottom of the loading scale. Third, they can 
work to minimize the total length of feeder that needs to be built through manipulation of 
the feeder layout (the assumption above that feeders are “well laid out with waste . . .”). 


Reducing f, makes a big impact on reducing cost 


The term f, in equation 15.3 is the y-axis intercept of the economical conductor set cost 
curve (see Figure 11.13}. Equation 15.3 indicates that the cost of the feeder system is very 
dependent on this value — which is essentially the capital cost of the smallest capacity 
primary feeder type in the conductor inventory. At least as far as equation 15.3 is 
concemed, one way to reduce the total cost of building a distribution system a great deal is 
to reduce the cost of the smallest line that can be built. In fact, this is true and the reason is 
not entirely obvious. 


The overall cost of a distribution system is 
much more sensitive to the cost per mile of 
the smallest line type than the largest. 
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Part of the reason is that so much more of the small line type is built (this is discussed in 
detail in coral) However, equally important is that lowering the capital cost of the 
smallest type of line changes the economics of the conductor table itself, as shown in 
Lowering the cost of the capital cost smallest line in the conductor set not only 
lowers the cost of many miles of a line type which must be built (which saves money), but 
shifts economics of line type selection so that even more of the system will be built with 
this smallest (and now even less expensive) line type (which saves even more). 

This reduces overall PW cost, but it has a more dramatic positive impact on initial 
capital cost. For example, in Figure 15.10, reducing the fixed cost of the smallest line type 
shifts its breakpoint with the next size conductor (the load level where the next size should 
be built instead of it) from 1.9 MW to 2.8 MW. In that range of loads, using the smaller line 
type in lieu of the larger will mean increased losses over the long term, but the new, lower 
capital cost makes this preferable and economically the best choice. Thus, reducing the 
capital cost of the smallest line type built has the following impact on the distribution 
budget: 


- It reduces the capital cost of many small capacity lines that must be built. 


- It trades future PW losses costs for a larger immediate savings by 
substituting a smaller line type for larger lines in many cases. 


Finding ways to reduce the cost of larger line types will help bring down costs, too, but 
finding a way to reduce the capital cost of the smallest line type in the conductor set will 
have the biggest possible impact. (Strictly speaking, f, and s, are interrelated and contra- 
influencing, but from a practical standpoint this is not important). ° 


Focus on minimizing the total route length 


Equation 15.3 indicates that reducing the total length of lines in the overall feeder route is 
all that matters in reducing cost through manipulation of routing. Approximation or not, 
what the equation indicates is true except in very rare cases. Intuitively, it might seem that 
changing the design of a feeder so that the length of “big wire” needed is reduced would be 
more important than reducing the length of “small wire” needed, but tn fact that is seldom 
the case. The reason that there are constraints on what constitutes an acceptable feeder 
configuration: it must reach all the load points; and it must have sufficient capacity to serve 
them. Among configurations that meet those two criteria, and assuming loadings are kept 
within the economical linear range, all that really matters as a first step in designing a least- 
cost feeder is reducing the total length of line that is needed. 

The various different feeder configurations discussed in|Chapters 13] and lid demonstrate 
this fact. Those in and i3.13hhave the same total length of feeder and the same 
basic line cost, yet they differ greatly in the amount of big trunk and line they employ. But 


> Mathematically, reducing f, must lead to a slight increase in the linear approximation slope, s, (the 
reader may wish to refer to Figure 7.13), so the two goals — reduce f, and reduce s, — are slightly at 
odds. However, while reducing f, leads to a slight increase in s,, reducing it does lower overall cost, 
so it should be done, but only to reasonable levels. 

A practical demonstration of this interaction is the following: s, can always be reduced by 
increasing voltage level (Sosy < Si2.47v), While f, can always be reduced by lowering voltage level 
(fosky > fiz47,v). Thus, the two factors are interrelated (the proper way to balance them is discussed 
in the section on selecting primary voltage level in Chapter 11). However, once the primary voltage 
has been selected the focus should turn to reducing f, as much as possible, and then minimizing s,, 
given that f,is minimized. 
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the proportion of large and small conductor doesn't affect the final cost — what a designer 
gives away in reducing one, he or she will equally make up somewhere in the other. Thus, 
while the large trunk layout has far less “really big wire” (only one large trunk compared to 
two or more long branches for multi-branch alternatives) it has many very long laterals, so 
many, all so long, that it needs larger lateral wire in places. By contrast, the multi-branch 
layout has more branch length, but it has no long laterals. There are other differences, but 
the point is that the sizing of lines all balances out so that in normal circumstances only the 
total length really controls the cost. This assumes, of course, that after finding one of the 
(many) feeder plans with a “shortest possible total length” the planner follows up with good 
engineering to minimize the line size of each segment through careful application of 
economic sizing, etc. 

Any combination of feeder segments that can reach all 162 load points in 
and with less total length than the feeders shown would (if well engineered) work out 
to be less costly than either of those two plans. However, that is an impossibility, as the 
configurations shown in those drawings have the minimum total length possible to reach all 
162 service transformer points, given that the feeders must be routed through a grid. And, 
generally, any feeder plan that calls for a greater total length than these configurations (or 
any of the many others with similar minimum route length — see [Chapter 13) will prove 
more expensive, regardless of whether or how it uses big, medium, and small conductor to 
get the job done. 

Under only two conditions is this rule not true: first, whenever a feeder must be 
designed to serve a total load that is far greater than the maximum load in the economical 
linear range of the conductor set. Then, there may be an economy of scale in accepting a 
plan with more total distance but which splits routes (usually in such cases a multi-branch 
feeder layout, with more total distance but which splits the load onto two routes right out of 
the substation, will prove less costly than a large trunk plan that carries the whole load). 
Second, when there are severe geographical conditions or constraints that limit feeder 
routing (and usually in these cases, the rule holds), some creativity in working around them 
will pay off with improved economy. However, even in such situations, adhering to the 
principles covered here as a general guideline is a good recommendation. 


15.6 CONCLUSION AND SUMMARY 


A feeder system consists of many feeders. Each feeder is a radial electric circuit which 
includes everything downstream of a feed point/protective device at the substation. A 
feeder usually has a dendrillic configuration of one form of another — a trunk, and multiple 
branches, and lateral branches from those leading to the service transformer points. The 
configuration, service area, and load of a feeder are defined by the branching connections 
and open points that define its normal electrical configuration. Its reliability is determined 
by the combination of its sectionalization scheme, which subdivides it during abnormal 
operating states, and its open switching ties, which permit its reconfiguration during 
contingencies. gives a summary of key points from this chapter that build on 
that concept. 


Fluidity of Feeders 


Configuration of any one feeder can be changed on an operational basis by opening and 
closing switches, altering its flow patterns, loadings, and the area it serves. Its 
sectionalization, switching, and configuration can be modified as time passes and needs 
change by making adjustments in branch connections, connections and non-switching open 
points, and to the switching. 
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Table 15.4 One-Page Summary of Chapter 15 


A feeder is a connected set of line segments fed from a single low-side breaker at 
the substation and limited by open points (radial) or null-flow points (loops). It 
consists of all the connected primary-voltage equipment downstream from a 
protective device at the substation. 


Feeder-at-a-time analysis is necessary for many analysis and engineering parts 
of the distribution engineering process but should not be used for overall planning 
approach. Instead, a systems approach will lead to greater performance/cost and 
flexibility. 


Classical geometric analysis of feeder layout is of little real use in laying out 
feeder systems, as it often provides results and analysis inappropnate for real- 
world systems. 


“Number of feeders” is a very over-rated design consideration. The optimal 
layout (configuration and open points) for getting power away from a substation 
into the surrounding area is not really affected by the decision of how many feed 
points to use to get power out of the substation. 


Load reach is both a constraint and a target. Systems are much more cost 
effective if feeder path lengths are kept within economic load reach guidelines. 
They are most cost efficient when planners lay them out to use the maximum 
economic load reach. 


Primary feeder circuits generally have to “run up and down” every street or 
block. Therefore planners can think of the system has a type of fabric that must 
cover the entire service territory — at least that area with load. Trunks and 
branches are merely parts of this fabric reinforced and connected to serve as 
trans-shipment segments for a radial dendrillic flow pattern. 


The backwards trace method of laying out feeders — starting at the loads and 
working back to the substation — requires slightly more planning effort but 
generally provides much better results than planning methods that start at the 
substation and work out to the loads. 


Planners should try to use “non-grid” (diagonal) pathways where available to 
“cheat” with respect to the typical Lebesque distance constraints of land 
boundaries and street grids. Artful use usually permits some savings or 
improvement in system flexibility. 


Expansion to meet possible future loads should be planned (but no money 
spent) when the system is first built, the range of future possibilities being defined 
by a load forecast. Expandability, particularly towards a certain target, can be 
built into a feeder system at little cost if that is a goal at the beginning. 


Load growth over time is usually best handled by evolving configuration, not by 
upgrading conductor size. 


A reasonably useful formula for estimating feeder system cost (equation 15.3) 
uses Lebesque rather than Euclidean distance metrics and consists of a fixed cost 
per mile of route and a variable cost based on loading. 


Minimizing the fixed cost per mile — which can be interpreted as the cost of the 
lower-rated line segments in the system — is perhaps the most effective way to 
reduce total system cost. 
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Thus, the concept of a “feeder” is fluid — it can and will, and should change over time, 
as conditions change. That change is part of the venue of the planner, and should be 
considered, and used, in achieving good performance. Therefore, good planning should 
focus on designing the feeder system, not the individual feeders in a feeder-at-a-time 
manner. It should assure that the feeder system is “fluid enough” among other capabilities 
to meet operational and future expansion needs. 


Planning an Efficient Feeder System 


Planners should address matters of overall cost and “fit” of their feeder system to the area’s 
needs by planning the entire feeder system as a whole. Later, individual feeders can be 
engineered specifically, but at the outset, and whenever dealing with the big picture, 
planners must remember that the term “feeder” is somewhat artificial, fluid. A feeder is 
only a part of the primary distribution system. That system can be likened to a “fabric” that 
must put primary voltage within a short distance of every load point in the system (upper 
left diagram in[Eigure 15.3). Individual feeders are sections of that fabric that are fed from 
one point and end in open points which can be changed at will as needed, making the whole 
system’s character somewhat dynamic with respect to contingencies or growth over time. 


Minimizing the cost of a feeder or feeder system boils down to several rather simple 
concepts: 


0. Develop consistent guidelines that fit the situation. Planners need a set of guidelines 
for: 


a. The system role of the feeder system: is it going to provide any intra-level 
reliability support for substations, and what are the targets for its reliability 
performance? 


b. Conductor sizing (based on both economic and contingency backup 
needs) 


c. Contingency switching — what overall approach they intend for defining 
zones and switching 


d. Layout — guidelines on the maximum distances lines should be routed, 
type of feeder configuration (large trunk, multi-branch), amount of load 
typically in each switchable zone, amount of exposure in one protected 
section, etc. 


e. Sectionalization and protection rules, such as “always fuse a lateral,” and 
“put a mid-point fuse in any trunk longer than .. ,” etc. 


An important point is that all of these different sets of guidelines need to be “of a 
piece” — consistent with one another. 


1. Minimize the total route length — the sum of total line lengths that need to be 
built, period. The author prefers to begin the planning of a system by laying out 
routing without any consideration of line size, minimizing route lengths, and 
determining the general nature of the normally open points first. 


2. Try to creatively use diagonal or “non-grid” route opportunities. These permit 
planners to “cheat” with respect to one of the major real-world constraints they 
face — restriction of routing to a grid of property boundaries and streets. 
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3. Identify major branches and trunks and define the expected normal flow patterns. 
Minimize megawatt miles of power flow within the already minimized-distance 
layout of routes. Trunks and branches are merely parts of the “feeder fabric” that 
will be reinforced (step 5 below) with larger wire size to carry power to other 
segments. A segment is selected for reinforcement (forced to become a trunk or 
branch) by the planner removing other segments, forcing a radial flow pattern 
through it. The overall rule is to minimize the total product of megawatts carried 
times distance carried. _ 


4. Switching and contingency planning. Here, planners interpret the overall feeder 
system route pattern from steps 1, 2, and 3 above into a set of feeder areas with 
switchable contingency zones and expected switching patterns (what zone is 
switched to support through what other zone to what source, etc.). Usually, 
some back and forth analysis between this step and step 3 must be done to arrive 
at a satisfactory pattern. 


5. Line type selection based on economic conductor sizing. Once the basic system 
is laid out according to steps 1-3, line segments can be sized according to tables 
developed for economic line sizing. Load flows are used to assure good voltage 
performance, but if load reach has been properly assessed in steps 0 and 1, that 
should seldom be a problem. 


6. Trunk and branch contingency upgrading. Assuming that these guidelines and 
layout and conductor sizing tables developed in step O are all consistent, there 
should not be a great number of exceptions and “problems” that planners need to 
work out at this point. Reliability analysis (Chapter 23) is used to verify expected 
reliability and operating problems. Load flow programs (Chapter 22) are used to 
verify and fine tune conductor size, equipment (switch) capacities, etc. Short 


circuit and protection coordination is done to assure coordinated sectionalization 
(see (Chapter Ia}here and Chapter 4 of J. J. Burke (1994). 
Finally, the completed plan should be reviewed against expected long term needs. Planners 
must keep in mind at that point that they are spending for today’s needs and only planning 
for tomorrow’s: preserving flexibility to meet possible future load growth is important as 
long as their company does not have to spend money today unless that growth is certain to 
occur (even then, they should follow time-value-of-money principles about how much and 


when they spend). Ultimately, then, the design flexibility in feeder layout discussed in 
Chapter 13/can be applied in this feeder planning process toward two ends: first, achieving 


satisfactory reliability at low cost; second, “building” in flexibility to meet possible future 
load growth or changing needs. [Table 15.4 summarizes key points from this chapter. 
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Distribution Substations 


16.1 INTRODUCTION 


The purpose of a substation is to take power at high voltage from the transmission or sub- 
transmission level, reduce its voltage, and route it onto a number of primary voltage feeders 
for distribution in the area surrounding it. In addition, it performs operational and 
contingency switching and protection duties at both the transmission and feeder levels, and 
provides a convenient local site for additional equipment such as communications, storage 
of tools, etc. 

Substations are somewhat more important to system performance and economy than 
their cost alone might indicate (they are the least expensive level in a power system) for 
they are the meeting place of the transmission and distribution systems, and therefore play 
an inordinately large role in influencing the cost and performance of both those levels as 
well as their own. From both a cost and reliability standpoint, ‘their interaction with the T 
and D systems is often more important than they themselves, in the sense thet ‘hii 
influence on T&D reliability and costs often outweighs their own costs and wwuavilicy 
contributions. Thus, in many ways, good planning of the substation level is the key to good 
distribution system planning. Certainly, poor substation-level planning forfeits any hope of 
achieving outstanding performance and economy at the distribution level. 

Substations represent the end delivery points for the transmission system. They are the 
sites to which the transmission system must deliver power, and their cumulative demands 
(the sums of all feeder loads at each substation) are the loads used in transmission level 
planning (e.g, load flow analysis generally lumps all the feeder loads into a single demand 
at each site). Substations’ performance and economy interact greatly with the transmission 
system. They define absolute constraints on the transmission system, which must reach 
them and deliver power to them, even in cases where that task is costly or unreliable 
because of other system constraints. Conversely, if the system can deliver only so much 
power to a substation, then the distribution planners must live with that restriction, costly as 
it may be. 

On the low voltage side, substations are the starting points for the feeder system. A set 
of feeders emanates from each substation, serving the area around it, and in combination 
with those of other substations, serving all of the utility’s load. The location and capacity of 
the substation materially affects the feeder system attached to it. If the substation is in a 
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incoming transmission 


Low Side 


outgoing feeders 


Figure 16.1 Substations consist of four fundamental parts: the site itself, the incoming transmission, 
the transformation, and the outgoing distribution. Design, cost, and reliability of a substation can be 
analyzed by examining each of the four parts and their interaction with one another. Configuration of 
each part heavily influences the others. 


poor location from the standpoint of the feeder system, it increases feeder cost and 
decreases reliability. If it has insufficient capacity, then the feeder system may not be 
provided with the power it needs at this site, and service or economy may suffer when 
service has to be provided by substations located at sites farther away. 


Compatibility of Standards and Design Is the Key 


Thus, the specification, layout, and design of substations is an important element in the 
power system, and most critical is that they be compatible in size, location, and voltage 
level with the type of transmission and distribution systems built on either (electrical) side 
of them. Such compatibility interactions and the planning issues associated with them are 
more fully explored in| Chapters 17 and This chapter will focus on the substations, 
themselves, and the “sub-transmission” level most often associated with their high-side 
design. 


Four Fundamental Parts 


Substations can be built in a wide variety of types and sizes, but all have four fundamental 
parts, as shown in Figure 16.1. These are: (1) the high-side buswork and protection, (2) the 
low-side buswork and protection, (3) the transformers, and (4) the site itself. The 
transformers are the most distinguishing characteristic of a distribution substation — the 
feature for which it is built and which normally defines its capacity — if a substation has 
three 16 MVA transformers, then typically it is referred to as having 48 MVA of capacity.’ 


"In some cases, however, other aspects of system performance constrain capacity. For example if the 
incoming transmission were limited to 45 MVA, or if the capacity of the low-side buswork were 
similarly limited to below 48 MVA, then the substation is, in effect, a lower capacity. Some utilities 
ignore these restrictions and refer to a substation by its transformer capacity. Others do not, using the 
minimum constraining capacity of any aspect of the substation as its maximum capacity. 
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This chapter will examine each of these four aspects of a substation in turn, looking at 
how cost and reliability vary as a function of different alternatives for each level and the 
way all four fit together into a complete substation. Sections 16.2 through 16.5 will look 
respectively at the high-side and the sub-transmission, the transformer level, the low-side, 
and the site itself. Section 16.6 will examine how the four levels fit together and explore 
typical costs and performance at the substation level. Sections 16.7 and 16.8 address several 
planning issues that deal specifically with the substation level. 


16.2 HIGH-SIDE SUBSTATION EQUIPMENT AND LAYOUT 


The high side of a substation provides the termination for incoming transmission or sub- 
transmission as well as the protection, switching, and monitoring and control. It consists of 
all buswork, breakers, relays, meters, and all other equipment needed to terminate the 
incoming transmission, as well as handle any transmission being switched at this location or 
otherwise passing through. This level incorporates everything, including the high-side 
buswork, required to provide the power to the substation’s transformers. Typically, the high 
side represents from 1/4 to 1/3 of a substation’s total cost. 

This portion of the substation can take on any number of configurations, depending on 
the number of incoming transmission lines, the arrangements made for their switching and 
contingency backup, and the type of protection and isolation switching desired. Its 
arrangement depends somewhat on the transformer portion of the substation, particularly 
the number of transformers and the arrangements desired for their contingency backup. 


Combined Transmission-Distribution Substations 


Occasionally, a good deal of the high-side facilities at a “distribution” substation may be 
related to transmission-switching functions (i.e., functions associated more with the bulk 
power grid than with the delivery of power to substations). Given the great difficulties 
utilities have obtaining sites, the practice of combining transmission and distribution 
functions at one substation has become common. Thus, the “high side” at many substations 
may include equipment that has little if anything to do with the distribution function. 

Generally, this complicates matters for both transmission and distribution planners, there 
being four issues worth noting: 


a. Incoming transmission lines and outgoing feeders compete for the 
available route space into and out of the substation. There is only so much 
room overhead and underground. 


b. The combined equipment requirements of both T and D create the need 
for a large site. This reduces planning flexibility by limiting the number of 
sites which are minimally acceptable. 


c. Location of a combined T&D substation has to be a compromise between 
transmission and distribution needs, that means it may not be ideally 
located for either purpose. 


d. The site itself may become quite congested, with minimal clearances and 
no available space for future expansion of either side. 


Very often, organization procedures within a traditional large electric utility do not 
include frequent communication and close coordination between the transmission and 
distribution planning functions. Many of the problems that result revolve around combined 
use substations — transmission and distribution planners each plan to use available space 
and rights of way at a combined substation for their own long-term requirements, but do not 
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communicate that intention to the other department. By the time a conflict is detected and 
resolved, it may be too late to work out a really effective, low-cost solution. In particular, 
item (d) above suffers. 

In a de-regulated utility industry, transmission and distribution functions are usually 
either functionally or organizationally disaggregated. One result will be a reduction in the 
construction of new combined-use substations. But more important, disaggregation will 
force both entities to formalize the relationship between T & D planning, identifying 
specifically what is and is not theirs, and informing the other entity of their intentions. 


Sub-Transmission Lines and Voltages 


Sub-transmission voltages of between 25 kV up to above 230 kV are used to route power 
from sources within the power grid to the distribution substations. The same capacity and 
load reach concerns discussed for feeders eae ae and |12| apply to moving the 
“substation-sized” amounts of power required at the sub-transmission level, and often 
higher voltage is sought in order to move more power greater distances more efficiently. As 
at the feeder level, higher voltage brings greater capacity and reach, and a higher minimum 
cost, both in the sub-transmission lines themselves and at each substation, which must be 
built to the voltage level of the sub-transmission used. 

In general, voltages of 25 kV to 46 kV are holdovers from sub-transmission voltages 
applied in the first half of the twentieth century, and usually are found in company with 
rather small (10 MVA peak load) substations with distribution voltages in the range of 4 kV 
to il kV. Higher voltage sub-transmission (in company with larger substations and higher 
distribution voltages) has been a general trend throughout the twentieth century, partly 
because of the need to meet higher load densities and distribute power over greater 
distances, but also because among other advantages higher voltage reduces the number of 
sub-transmission routes and substation sites required. New applications rarely use sub- 
transmission voltages below 69 kV. However, there is no “best” or preferred sub- 
transmission voltage — application depends on a number of factors that will be discussed 
later in this chapter and in Chapters 11 and 12. 


Table 16.1 Relative Line Cost, High-Side Substation Cost, and Reliability of Various 
types of Subtransmission Lines as a Function of Voltage and Capacity 


Subt. Typical Most Typically Feeds Typical Cost Cost/MW Single 
Voltage Capacity Number of Each with Line Sub. High- Trans. Subs. Line 
kV MVA _ substations peakMW _  permi. Side Line H.Side Reliability 
2S 25 2 3-12 0.06 0.11 3.00 2.00 2.38 
34 40 L=3 5-15 0.12 0.20 2.80 1.50 1.66 
46 60 2-3 5-20 0.20 0.30 2.70 = 1.37 1.48 
69 90 2-4 10 - 30 0.30 0.47 2.00 1.33 1.43 
87 125 2-4 15 - 30 0.44 0.59 1.30 =-1.25 1.32 
115 175 2-4 20 - 40 0.74 0.84 1.00 = 1.05 1.06 
138 225 2-4 22-45 1.00 1.00 1.00 ~=1.00 1.00 
16] 213 2-4 25-55 1.31 1.33 0.85 0.93 0.92 
230 325 2-3 75 - 150 1.71 2.05 0.75 0.85 0.81 
207 500 1-2 120 - 240 3.17 277 0.66 0.70 0.64 
345 800 1-2 200 - 400 5.92 5.05 0.55 0.60 0.53 
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Figure 16.2 Sub-transmission lines are often “loops” that serve several substations. A “sub- 
transmission loop” isn’t actually a loop circuit — it terminates at different locations in the transmission 
grid, but loops through several substations, as shown. Configured appropriately, it will provide 
duplicate sources (from either direction) to each of the substations it serves for greater service 
reliability than is available with radial transmission feed. 


compares cost, utilization, and reliability of sub-transmission by voltage 
level, giving values typical of average applications at each level. In general, systems with 
very low sub-transmission voltages have only one or two substations per sub-transmission 
circuit (due to capacity limitations), as do systems that use transmission grid voltage (lines 
above 161 kV) to feed substations directly. (Such high-voltage lines are an important part of 
the overall power grid, to the point that they cannot be totally devoted to sub-transmission 
duties because some of their capacity is needed in order to move bulk power and maintain 
system integrity.) Intermediate voltage lines (between 69 and 230 kV) typically have three 
to four and occasionally as many as six substations fed from one transmission ROW, in the 
manner depicted in Figure 16.2. 

Cost per mile of line, as well as for the high side of each substation, increases as voltage 
level is increased, due both to the higher cost of providing insulation to the higher voltage 
level and because higher voltage substations have a greater capacity. But the capacity of 
both the lines and high-side facilities increases greatly as voltage is raised. On a per-MW 
basis, higher voltage is usually less expensive. 

In general, reliability of higher voltage lines is somewhat better than lower voltage lines 
(230 kV lines typically have an outage rate per mile of only about a third of that for 34.5 kV 
sub-transmission) due to the higher insulation and lightning strike withstand capability, as 
well as to the fact that higher voltage transmission is usually built on very robust towers 
with considerable clearance from trees and other items that can fall into the line during a 
storm. 


Radial sub-transmission supply 


The simplest arrangement for both the routing of power into a_substation and its high-side 
configuration consists of only one incoming transmission line (Figure 16.3). This is a radial 
configuration — the substation will be completely out of service if this only incoming line 
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A. no high-side breaker B. with high-side breaker 
incoming transmission incoming transmission 
outgoing feeders outgoing feeders 
C. no transm. breakers D. with transm. breakers 
transmission loop transmission loop 


Y 
outgoing feeders outgoing feeders 


=< transmission lines 
—— distribution lines 

(1 transmission breakers 
Q distribution breakers 


Figure 16.3 Top: radial transmission provides incoming power with no duplication of supply. In some 
cases a “breaker-less” configuration can be built (A) where all high-side protection for the line, 
buswork, and transformer is covered by high-side protection at the other end of the line. In other cases 
(B), a local high-side breaker is preferable or required in order to coordinate protection completely. 
Bottom: dual incoming routes. Configuration C has no breakers to isolate a transmission line fault on 
one side or the other of the substation. It is essentially a radial feed — a fault anywhere on the line on 
either side of the substation will outage all incoming transmission to the substation — and it has the 
additional handicap of having a greater length of exposure than a radial line that terminates at the 
distribution substation. Configuration D has a breaker to isolate each incoming side of the 
transmission route, providing duplication of source and greater reliability as a consequence. In some 
cases, the transformer breaker can be left out of configuration C or D without undue reduction in 
protection coordination. 
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fails for any reason. Generally, the lowest possible alternative for the power feed to a 
substation is a single radial feed with no high-side breaker at the substation (Figure 16.3A): 
protection for the transmission line and the high side of the substation is provided by a 
breaker at the other end of the transmission line. Given that such protection can be 
completely and dependably coordinated, there is no loss of reliability or safety in such a 
design (versus one with a high-side breaker, as shown in Figure 16.3B). Often a breaker is 
needed, or preferred, in order to provide protection which covers all required fault levels 
and coordinates with the low-side protection. But given that coordination is possible from 
the other end of the transmission line, a local high-side breaker provides no additional 
reliability of service. 


Loop or dual sub-transmission feeds 


To avoid interruption of service when a transmission line is outaged, most substations are 
fed by two sub-transmission circuits, each of which has sufficient capacity to serve the load 
(at least at its emergency rating for brief periods). Very often this is accomplished b 
looping a transmission circuit through several substations, as was illustrated in 
Such sub-transmission “loops” (which generally start and end at different locations in the 
grid) typically serve between two and five substations. Given that the various transmission 
line segments are sized so that the load of all substations on the loop can be supported when 
fed from either end, such circuit arrangement provides duplicate sources of transmission- 
side service, and therefore gives immunity from service interruption due to any one 
transmission line outage alone. 


Improved reliability from loop circuits requires 
sub-transmission sectionalizing breakers 


Transmission feed from a loop circuit does not necessarily assure greater service reliability 
than that provided with radial service. A loop arrangement without breakers to sectionalize 
the feed on either side of the substation (Figure 16.3C) typically provides reliability worse 
than that of a single radial transmission line, because the outage exposure (line length) is 
greater for the loop circuit than for a single radial route, and if a fault happens anywhere 
along this longer line, it is cleared at both ends by other protection, and service to the 
substation is lost. 

In order to gain the maximum potential reliability, the transmission loop must have both 
the capacity to serve the load from either direction and breakers that sectionalize it in the 
event of a transmission line fault on either side of the substation to isolate the fault. Thus, 
the most common practice in distribution substations is to provide two transmission feed 
lines, each with sufficient capacity and breaker protection so that they form a duplicate 
supply (Figure 16.3D). 

In cases where each section of the sub-transmission loop does not have individual 
capacity sufficient to serve the entire peak load, both are required to meet the load at peak 
and perhaps many off-peak times. Service reliability is more difficult to evaluate in these 
situations, because it depends on the annual load curve shape, specifically how often the 
load exceeds the capacity of either incoming line. For example, if both parts of the loop 
shown in Figure 16.3D are limited to 40 MVA capacity, but the substation peak load 
exceeds 40 MVA 1,000 hours during the year, then complete service can be provided 
during those 1,000 hours only with both lines in service. For those 1,000 hours, the 
likelihood of interruption is similar to that provided by the configuration in Figure 16.3C. 
For the other 7,760 hours per year, interruption rate resembles that provided by Figure 
16.3D, when load is less than the capacity of either line. 
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Loop circuits on one structure 


In the sub-transmission into two substations (the first and last in line) take a 
short dog-leg from the main circuit route into each substation. Such transmission routing is 
common and usually accomplished by putting both sides of the loop (into and out of) on the 
same double-circuit structures for the distance into the substation. Such paralleling of 
circuits into a substation reduces reliability slightly, as compared to a configuration where 
the routes are completely separate, for both are at jeopardy in the event of a failure of one of 
the structures or any other event that would disable the right-of-way (e.g., a tornado). In 
cases where the likelihood of damage to structures is high, exposure should be limited. For 
example, if both sub-transmission lines are on the same set of double-circuit wooden poles, 
placing these poles immediately alongside a busy street is sure to increase the likelihood of 
substation outage — an automobile colliding with and knocking down a pole will take both 
circuits out of service. 

But while paralleling of duplicate sources should be avoided where possible and 
economical, reliability is not unduly affected if the length of parallel route is limited and the 
probability of structures being damaged is not high.” Reliability of supply is still better than 
being provided with only radial service along the same route, because the availability of 
power is supported by two locations in the grid. 


More than two sub-transmission feed lines 


Other configurations for transmission service into a distribution substation are possible, 
beyond the radial or dual-circuit and loop configurations shown in Figures 16.3]and It 
is not uncommon for a large distribution substation (one having four or more transformers 
and a peak load exceeding 100 MW) to be fed by three or more transmission circuits, with a 
configuration designed so that it can fully meet its peak load with any one out of service, 
while still within or very close to range A standards (with so many lines and transformers, 
situations where at least one line or transformer will be out of service are frequent, and it is 
best to make provisions to be able to provide good service during those times). 

Switching and protection configurations of such schemes play a critical role in 
determining reliability, and most often the high side includes at least some transmission 
level switching and re-configuration ability, so that the substation is to some extent a 
transmission substation and switching point among the incoming lines. 


High-side Configurations and Reliability of Service 


Reliability of service from two incoming transmission sources depends on more than just 
the high-side protection/segmentation of the transmission loop into the substation. Most 
substations include two or more transformers, one reason being to provide contingency 
support in the event of a transformer outage for improved reliability. The switching and 
protection/segmentation provided by the high-side configuration in company with these 
transformers has a large role in determining overall reliability of supply. Figure 16.4 shows 
seven arrangements for one pair of incoming lines serving two transformers. Reliability 
varies slightly, and operational flexibility varies greatly, depending on the arrangement. 
Configurations A, B, and C each pair a transformer with an incoming sub-transmission line. 


? However, in cases where the likelihood of damage is high, exposure should be limited. For example, 
if both sub-transmission lines are on the same set of double-circuit wooden poles, placing these 
poles immediately alongside a busy street for any great length of route is sure to increase the 
likelihood of substation outage — any vehicle collision with a pole is very likely to take both circuits 
out of service and, hence, the entire substation. 
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Figure 16.4 Alternate configurations for arrangement of two incoming transmission lines and 
multiple transformers. 


Contingency support during high-side or transformer outages depends on low-side 
switching (shown), and reliability depends greatly on the -onfiguiaticn and performance of 
equipment at that level. In the event of an outage of one incoming line, or an outage of one 
transformer, all load is thrown over to the remaining line-transforme: pair’s low-side bus — 
the outage of either one transformer or one line takes both a line and a transformer out of 
service. 

Configurations D, E, and F show arrangements with contingency support of incoming 
service arranged on the high side. The low-side bus is not shown because it is not relevant 
to contingency support issues related to the high side.° The outage of either line leaves both 
transformers in service. The outage of either transformer leaves both lines in service. 
Configuration G shows this same concept extended to a substation with three transformers. 

Despite these differences, configurations A through F all give similar expectations of 
service interruption when evaluated for line-substation reliability. Given that the 
substations’ peak load can be supported entirely by either incoming line, or either 
transformer; that the low-side switching in A, B, and C functions well; and that there are no 
“common mode” failures (an incoming line and the opposite transformer failing 


> This does not mean that configuration, protection, and switching at that level are not important, only 
that they do not play a role in determining contingency support when there are high-side outages. 
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simultaneously due to a common cause); then configurations A, B, and C offer service 
reliability similar to configurations D, E, or F. The only difference in expected outage rate 
is in situations when a line or transformer on the opposite side of the substation goes out of 
service unexpectedly while one transformer or line is already out of service, a contingency 
that configurations D, E, or F can support but A, B, or C cannot. Under typical 
circumstances, this might be expected to occur no more than once every ten years, and 
would contribute up to five minutes per year to expected annual outage duration. 

Quality of service during contingencies would differ more significantly. During any line 
or transformer outage, configurations A, B, and C revert to radial transmission service with 
one transformer, with both line and transformer loaded to range B levels. Voltage drop and 
voltage regulation problems could result. Configurations E and F provide superior low-side 
voltage and voltage regulation in all cases because they have dual incoming feeds when a 
transformer is out of service and two transformers (lower voltage drop, better regulation) 
when a line is out of service. 

An equally important consideration is flexibility and robustness of contingency support. 
Configurations A, B, and C depend entirely on low-side switching for support during 
transmission line or transformer outages, and plans for protection and equipment 
performance during contingencies must work perfectly for those configurations to provide 
the target service reliability. Given that they have similar low-side switching arrangements, 
configurations D, E, and F can always use low-side switching to support contingencies if 
needed, but can rely on high-side/transformer level contingency support, too. They are more 
robust, for they depend less on the flawless performance of any one contingency support 
mechanism. They also leave greater flexibility to the system operator. 


Choosing a high-side configuration 
for a distribution substation 


The advantages of the more complicated configurations must be weighed against their cost. 
In most situations configurations D, E, and F will cost significantly more than A, B, or C. 
The choice between the two sets of configurations is basically one of purchasing reductions 
in expected outage duration. Within A, B, and C or within D, E, and F, configuration 
selection will affect both the coordination of protection (some configurations shown in 
may not be feasible due to protection coordination reasons in some situations) 
and the frequency of interruption (A, B, C, and E are all most likely te create discernible 
“blinks” or flicker during the clearing of a fault). 

Selection depends on conditions and contingency requirements specific io each 
situation, as illustrated by The table compares the expected cost, worst low-side 
voltage level under contingencies, and expected service interruption (annual values) for 
various configurations for two similar substations in a T&D system in the central United 
States. The lowest cost alternative at each substation is one incoming line and a single 36 
MV transformer. Other alternatives include two incoming lines and two 22 MVA 
transformers arranged in any one of configurations A through F. 

For substation case 1, configuration A improves expected interruption duration to 8,100 
customers by an expected 84 minutes per year at a cost premium of $2,800,000, giving an 
improvement cost of $4.11 per annual customer minute of reduction. Configuration E 
(preferred over F in this case because sub-transmission loop flow is not desired under 
normal conditions) costs an additional $700,000 for a further reduction of 12 minutes, or 
97,200 customer minutes reduced, at $7.20 per customer minute. 

In case 2, configuration A, at a premium of $465,000 over radial/one transformer 
service, will buy only 15 minutes of interruption duration reduction for 9,100 customers, a 
value of $3.40 per customer minute. Configuration B (selected in this case for transmission 
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Table 16.2 | Comparison of Cost, Contingency Voltage, and Expected Service 
Reliability for Various Configurations at Two Substations Planned on a Value-Based 
Basis — Cost in $ x 1000, Voltage in per Unit, Duration in Minutes 


Case 1 Case 2 


| | 115kV/25 kV 31 MVA peak 115 kV/13 kV 35 MVA peak 
| Situation >> avg. 16 mile exposure on both | avg. 2.3 mile exposure on both 
: incoming transm. routes, high | incoming transm. routes, med. | 
isochronic level. 8,300 custs. | isochronic level. 9,100 custs. 
Configuration Cost Voltage Freq. Dur. Cost Voltage Freq. Dur. 


i 


; 
} 


| TadiaV/one trans; $4,400 96.73. «112, | $1,735 1.00 25 2 
iA | = $7,200 95 «18 28 «=| $2,200 1.00 ~~ =.07 
iB $7,600 95 18 28 | $2,500 1.00  .07 
Cc | «6 $7,400 95 18 28 | $2,300 100 .07 
D | $7,700.98 10 15 | $2,600 1.03 .05 
E : $7,900 98 07 12 , $2,800 1.03 .03 
F $7,900 98 7 12 } $2,800 1.03 03 


NNALNAMN OS 
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Figure 16.5 Which is better? Availability of capacity relationships developed from probabilistic 
analysis of two alternate transmission arrangements into a planned distribution substation show the 
complexity a planner can face in determining high-side configuration for a substation. The first 
alternative, at $3.9 million capital cost, is expected to be able to meet the projected peak load of 135 
MwW all but 90 minutes per year, but will have complete power unavailability about 30 minutes. A 
slightly more expensive arrangement with a cost of $4.2 million provides at least 110 MW all but five 
minutes per year, but will fail to meet the peak load level of 135 MW more than 50 hours per year. 
“Which is better?” depends on cost (a $300,000 difference) and what is more important, serving all of 
the load or serving a majority of it. 
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Table 16.3 Relative Capital Cost and Expected Hours of Outage per Year for a 40 MVA Substation 
with Various Types of Transmission Configurations* 


Type of Relative Frequency Duration 
Transmission Service Cost Events/year Hours/year 
Radial, 69 kV, no hi-side breaker at substation (Fig. 16.3A) 1.00 1.10 6.0 
Radial, 69 kV, one hi-side breaker at substation (Figure 16.3B) 1.10 1.10 6.0 
Loop, 69 kV, only one high-side breaker at substation (Figure 16.3C) 1.22 1.20 8.2 
Loop, 69 kV, three high-side breakers at substation (Figure 16.3D) 1.35 02 0.1 

as above, but load exceeds individual line capacity 1000 hours/year 1.35 AS 5 

as above, but load exceeds individual line capacity 8760 hours/year 1.35 1.20 8.2 
Three incoming 69 kV (6 mile) lines, any one is sufficient 1.66 01 | 
Three incoming 69 kV (6 mile) lines, any two are sufficient 1.50 WO 2.0 


* Computations for this table were based upon a six-mile distance from transmission substations for each of the 
transmission circuits and typical outage rates for transmission lines and equipment. 


related reasons because it permits network flow on the sub-transmission loop when the 
breaker is closed) would provide no further improvement. Configuration E or F would buy 
a further 27,000 customer minutes at a cost of $500,000, working out to $18.31 per 
customer minute. These types of results are representative of most situations, although the 
degree of difference in this example is not generalizable to all situations. 

Although there are exceptions made in some circumstances, the normal threshold 
guideline for customer minutes in this particular utility system is $10/customer minute 
improvement. Though additional reliability might be needed at this site, there may be other 
places in the system (e.g., feeder level) where reduction in duration can be bought at a 
lower cost than $18.31/minute. Therefore, the selection of substation configuration is best 
coordinated both with customer needs and design at other levels of the system. 


Salient High-Side Features from the Planner’s Perspective 


From the planner’s perspective, the important issues with respect to alternative substation 
high-side configurations are the cost, capacity, and reliability of each of the various 
alternative designs. In addition, the expandability and flexibility of adaptation of an 
alternative may be an issue when future load growth is uncertain. The various factors may 
be related in complicated ways, as illustrated in to the point that merely 
identifying the “best” alternative once all the evaluation has been completed may be a 
challenge in itself. 

Costs, as well as comparison and selection of high-side features for distribution 
substations, will be discussed in more detail later in this chapter. Table 16.3 compares 
relative cost and expected outage statistics for a distribution substation under various 
configurations of from one to three incoming transmission service, illustrating the variations 
that planners may have at their selection. * 


* The many values and details for the system analysis required to compute this table are not given 
here. The table is meant only as an example to illustrate the typical differences in costs that arise 
from configuration-related variations in the transmission circuit arrangements provided to a 
substation. 
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16.3 TRANSFORMER PORTION OF A SUBSTATION 


Transformers are not only the raison d’etre for distribution substations but often represent 
the largest portion of the cost, typically representing from 1/2 to 2/3 of the total substation 
cost. Distribution substations utilize from one to six transformers to convert incoming 
power from the sub-transmission voltage to the primary distribution voltage. 

Generally, the sum of all transformer ratings defines a substation’s capacity — if a 
substation has two 22 MVA transformers and one 33 MVA transformer, then it is rated as 
“a 77 MVA substation.” Variations in the way transformer “capacity” is defined, as covered 
in section 7.2, on transformer ratings, apply to total substation capacity, as well. 
Thus, a 77 MVA rating could mean that the substation can handle a load of 77 MW 
continuously (and much more for brief emergency periods), or it could mean that it is 
capable of handling 77 MW only at emergency load levels for brief periods, or it could 
mean something else. 

Beyond this, a few utilities do not sum transformer capacities to determine substation 
capacity, but instead define a substation’s capacity based on some variation of N - 1 
contingency evaluation of the number and type of transformers. Such a nomenclature is 
consistent with standards that call for contingency capable at the transmission-substation 
level. The substation cited above, with two 22 MVA transformers and one 33 MVA 
transformer, might be rated at 66 MVA with such a terminology: its worst-case contingency 
is the loss of the largest transformer (33 MVA), limiting it to the contingency capability (in 
this case, a 4-hour overload of 50%) for the two remaining transformers, giving a capacity 
of 2 x 150% x 22 MVA = 66 MVA. 


Transformer Types 


Distribution substations most often utilize three-phase transformers, which require less 
space than three single-phase units, and offer superior economy (a three-phase unit 
generally has slightly lower losses than three single-phase units of equivalent capacity) and 
lower inspection and maintenance cost. The only exceptions are rural substations (see 
below). Type of transformer utilized depends on the application, but typically auto- 
transformers are used due to their lower cost Depending on application, these may or may 
not be fitted with oil pumps, radiators. and tans to augment capacity to FO and FA ratings 
(see . In some cases where load growth is expected, each transformer may be 
installed mitially without such equipment — perhaps with a rating of 16 MVA -— the plan 
being to add pumps, radiators, and fans at a later date to boost rating to 22 or 24 MVA, if a 
growing peak load creates the need. 

Except for very rare exceptions, distribution substation transformers are invariably 
delta-connected on the high side (transmission is almost always delta-connected, but there 
are exceptions where wye-connected sub-transmission is in use), and either wye- or delta- 
connected on the low side, depending on whether the primary distribution system is wye- or 
delta-connected. 

As mentioned in Chapter 7, numerous types of special transformers exist to 
accommodate special requirements. Chief among special transformer designs important to 
distribution planners are “low footprint transformers” designed to fit into substation 
locations originally built only for smaller units. For example, a 25 MVA low-footprint 
transformer may slip into the space originally occupied by a standard 16 MVA unit, its 
greater capacity fitting within the physical, clearance, and air circulation constraints 
originally designed to accommodate no more than the 16 MVA unit. The 25 MVA unit may 
have higher losses, lower contingency overload capability, or other shortcomings when 
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il ides aha: eH 


25 kV 25 kV 13.8 kV 13.8 kV 


Figure 16.6 Substation with one transformer that has three voltages. Three-winding units are often 
used to provide limited primary voltage power at a transmission substation (i.e., a 138/69/12.47 kV 
unit provides primary voltage power for the substation and a few loads nearby). 


compared to a standard 25 MVA design, but it will prove far superior to any other 
alternative when capacity is needed in a substation of limited expandability. 

Another category for special application is high impedance transformers, those 
specifically designed to limit fault currents, which may be required in some locations. 
These have higher costs than normal transformers, but reduce fault currents and breaker 
requirements to levels that fit within the capabilities of other equipment at the site. 

Often distribution applications will require three-winding transformers in which power 
is simultaneously converted to two voltages (e.g., 138 kV to 25 kV and 13.8 kV, as shown 
in Figure 16.6. 


Separate single-phase transformers in a rural “one-transformer” substation 


It is a common practice in rural or sparsely populated areas, where substation loadings are 
relatively small and distances between utility facilities quite long, to use single-phase 
transformers connected in the appropriate wye or delta configuration to convert sub- 
transmission to primary voltage, rather than a single three-phase unit. A 69 kV to 25 kV 
substation serving 4 MW of load might have four 1.66 MVA transformers installed — three 
in service to convert each of the three phases and a fourth as standby against the failure of 
any of the other three. In some situations, the standby transformer is provided with buswork 
and switching so that it can be cut in as a replacement with only a few minutes’ effort. In 
other cases several hours of work are involved in physically disconnecting the outaged unit 
and connecting the standby unit. Either way, contingency backup is provided at much less 
cost than if using a full three-phase unit. 


Multiple Transformers 


Most substations have two or more transformers for a number of reasons, among the most 
important of which are: 


Reliability and contingency support. A substation with only one transformer will be 
unable to provide any service if that transformer fails. By contrast a substation with 
four similar transformers can still provide full service during the loss of any one by 
raising the loadings on its remaining transformers to 133% — an overload most 
transformers can withstand for quite a few hours before overheating. Of course a 
four-transformer substation will be roughly four times as likely to have a single 
transformer out of service, but overall it is much less likely to experience a 
complete failure of service due to loss of transformers. 
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Size and transportability. Power transformers over about 60 MVA are difficult to 
transport by road, and those over 120 MVA are costly to move even by rail (and 
restrict the substation to being on a rail siding). Thus, even if there were economic 
or performance reasons for building a substation out of a large, single unit, 
practical considerations would discourage such a decision. 


Expandability. If a substation is planned for multiple transformers, its capacity can 
be increased in stages, as needed. It can be built initially with two 15 MVA 
transformers (each providing backup for the other), and nothing spent on future 
growth beyond allowing space for future transformers, should they be needed. If 
the load grows, a third and even a fourth 15 MVA transformer can be added, if 
and when needed. In cases of significant growth, the third or fourth unit added can 
be larger than the initial transformers. For example, the third unit could be a 30 
MVA, with the two original transformers performing the same level of 
contingency coverage for it they provided for one another. The fourth could be 
somewhat larger still. 


Configuration of the Transformer Level 


Many different ways of laying out the “transformer portion” of a distribution substation 
have been tried and are in service, so many that there is a successful exception to nearly 
every rule or generalization. However, 


All transformers are fed from a common source. Generally, all transformers at a 
substation are served from a common high-side bus, rather than being arranged so 
that each incoming line serves only a portion of the transformers (i.e., not as in 
or B). The bus may be segmentable for contingency and maintenance 
reasons, and may normally operate split for short-circuit reasons, but often for 
contingency reasons, and when needed for reliability, it is operated so that all 
transformers take their power from a common source. 


Transformers are applied as individual units with no direct connection other than to 
a common source. Generally, paralleling of transformers Figure 16.7A) is not 
1écummended for several reasons: the internal impedance of the two transformers 
must exactly match in order for loading to be distributed evenly, and tap changing 
features are difficult to coordinate or are not used. Similarly, direct serial application 
(Figure 16.7B) is rare. Much the same effect is often provided in substations where 
transmission and distribution functions are performed in different parts of the same | 
substation but the overall purpose and application differ. 


Each transformer provides service to an exclusive set of from one to six feeders 
that it normally serves, these being fed from a low-side bus connected to and 
associated with that transformer alone (Figure 16.8). Each low-side bus is operated 
in isolation from the others (otherwise this would parallel the transformers). 


5 There are many cases, however, where serial flow through different parts of a combined 
transmission and distribution substation will lead to the same result. For instance, a substation might 
consist of a transmission-level facility on one side of the yard in which 138 kV power is reduced to 
69 kV sub-transmission level. Power from the low-side 69 kV bus might be routed to the distribution 
side of the yard where it serves a 69 kV/12.47 kV distribution transformer. This is not serial 
application, but instead only the result of having the transmission and distribution "substations" at 
the same location. 
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A. paralleled transformers B. serial transformation 


outgoing feeders outgoing feeders 


=== transmission lines 
— distribution lines 

—4] transmission breaker 
@ distribution breaker 


Figure 16.7 Two types of utilization infrequently seen in distribution substations. At the left, two 
transformers are paralleled, which can lead to fault current loading and voltage regulation problems. 
At the right, serial application in which two transformers — in this case a 115 kV to 69 kV followed by 
a 69 kV to 12 kV transformer — are used to effect a voltage reduction. This works, but has a higher 
cost than a single 115 kV to 12 kV transformer. 


incoming transmission 


outgoing feeders 


we transmission lines 

—— distribution lines Ea closed breaker or switch 
[] transmission breaker [] open breaker or switch 
0 distribution breaker 


Figure 16.8 Characteristics used in most substations are shown here. First, multiple transformers are 
all served from a common source — all three transformers are served from both incoming transmission 
lines. Second, exclusive feeder service by each transformer — while the low-side buses of the three 
transformers can be connected this is only done during contingencies and normally the configuration 
is as shown, with open breakers (or switches) between each set of feeders. 
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However, for contingency and maintenance purposes, the low-side buses of all the 
transformers are arranged so that they can be connected one to the other, so that service 
can be maintained whenever a transformer is out of service due for any reason. 


Reliability of the Transformer Level 


By far the most important reason for multiple transformers is to provide contingency 
support and improved reliability. Reliability of service for a substation is best measured by 
evaluating the likelihood of interruption from the feeder perspective, not by looking at the 
probability of having transformer capacity available. (The discussion of reliability of source 
given in section 16.2 and did not take this perspective 
because it was explicitly concerned with evaluating source (high-side) contingency 
matters). 

Reliability evaluation of net transformer capacity as a guide in selecting substation 
configuration can be misleading. For example, analysis of a four-transformer substation 
might indicate an expected 50 hours per year when there will be at least one transformer out 
of service, but only one second in 30 years when all transformers can be expected to have 
failed simultaneously. However, due to the availability of contingency backup on a 
transformer basis combined with limitations on how flexible that backup can be switched 
(not every transformer in a multi-transformer substation can back up every other 
transformer), each feeder might have an expected occurrence of interruption due to 
insufficient transformer availability of once every six years, with an expected duration of 
two hours — an annual average of 20 minutes. 


Reliability of transformers 


Basic transformers (those consisting of only cores and windings) are among the most 
reliable and maintenance-free of electric devices, because they contain no moving parts to 
wear out and are reasonably immune to damage by weather and the elements (except for 
lightning, from which they are usually well protected). A basic transformer — most at the 
service level fall into this category — is installed and forgotten until it needs replacement — a 
period that averages between 40 and 60 years in most systems. 

However, distribution substation transformers are seldom so basic. Many contain tap- 
changers and perhaps line-drop compensator equipment that have moving parts and that 
carry a good deal of current. No matter how well-designed and robust, these will need 
routine inspection and maintenance, and in spite of the best care and service, occasionally 
they will fail unexpectedly. As discussed earlier in this section, many transformers also 
have pumps to circulate oil through radiators, and radiator fans, all requiring further 
maintenance and providing more possibilities for failure. 

In addition, distribution substation transformers are generally inspected annually or 
more often for signs of incipient failure (leaking cases, cracked bushings, internal vibration 
or electrical noise, gas in the oil), for several reasons. First, the unexpected outage of such a 
transformer would interrupt service to a large number of customers. Second, replacement 
and repair is costly and lengthy. Third, some failures can be catastrophic, the resulting fire 
destroying all or part of the substation. And finally, incipient failure can often be detected 
early enough that repairs can be made quickly and problems avoided. 

As a result, transformers are routinely inspected and maintenance performed as needed, 
during which time the transformer may have to be taken out of service. Actual failures 
while in service are rare but do occur, and usually the resulting outage period is not 
measured in hours, but days. Data on outage rates for distribution transformers are sketchy 
at best, partly because little reliable data are available and also because definitions and 
recording practices differ among the utilities that do have data. 
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gives information the author believes is representative of equipment in 
service, listing expected events per year and duration per event.° From the data shown, one 
can determine that planners can expect transformers to be out of service, for scheduled and 
unscheduled reasons, a good deal more often than customers will tolerate service 
interruptions. For example, large 138 kV transformers with pumps, fans, and LTC are 
expected to be out a total of nearly one day per year, although failures are expected only 
once every five decades, taking a week to repair (replacement) on each instance. 


Annual Outage Hours = Scheduled Outages + Unscheduled Outages (10.1) 
=21 12 + .02 x 108 
= 22.8 hours/year 


The nearly one day of outage expected means that contingency support for this transformer 
is mandatory in order to provide acceptable service. 


Voltage Regulation 


Voltage regulation at the substation is often provided by use of load tap-changing 
transformers. Generally, load trap-changing transformers provide variation of plus or minus 
10% in low-side voltage through variation among 32 tap settings built into the low-side 
windings.”* Equipment is provided to sense the voltage on the low side and automatically 
vary the tap settings to adjust for variations in voltage from either or both of two causes: 


High-side voltage variation. Voltage provided to a substation transformer by the 
transmission system may vary by up to ten percent during normal! situations due to 
variations in voltage drop caused by loading and system switching. Beyond this, 
during transmission contingencies the voltage may drop to lower than normal 
levels. An LTC transformer can adjust the transformer turns ratio to compensate, 
providing nearly constant low-side voltage as the incoming voltage varies over a 
20% range. 


Primary feeder voltage drop. Under full load, voltage drop on the primary 
distribution feeders will increase. A line drop compensator (LDC} circuit can be 
added to the LTC transformer control equipment, so that as load increases, the 
transformer boosts its turns_ratio to compensate for the higher voltage drop 
expected downstream of it (Figure 16.9). The LDC can be set with R and X that 
murror the feeder’s impedance to a certain “regulating point” (usually a point about 


© These data were collected from eight utilities which have different types and ages of systems, whose 
operating, inspection, and maintenance practices differ considerably (one does no scheduled 
maintenance), and who serve different types of load patterns and experience different climate and 
isochronic behavior. No attempt was made to adjust various sources to consistency and thus these 
figures do not reveal expectations under any one type of system or patterns in operating/maintenance 
philosophy, but rather are only a representative sample of the industry as a whole. 


7 Some types of load tap-changing transformers provide a narrower range of variation and fewer tap 
settings, with ranges of only plus or minus 7.5, 6, or 5%. 


® In addition, to account for expected differences in high-side voltage, some substation transformers 
have high-side taps (that must be manually adjusted while de-energized) that permit selection of plus 
or minus 2.5% in addition to the normal turns ratio. 
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Table 16.4 Typical Annual Outage Rate Expectation for Substation Transformers Applied 
within Generally Accepted Loading and Maintenance Guidelines 


Distribution Substation 66 & 69 kV high side 115 & 138 kV 
Transformer Size Scheduled Unscheduled Scheduled Unscheduled 
and Type Events Hours EventsHours Events Hours Events Hours 
Smaller than 25 MVA nameplate 
Basic, no LTC, no pumpsorfans .06 16 04 40 2 50 03 60 
with pumps and fans 08 24 07 40 22 865 04 70 
with pumps and fans and LTC 1 24 OF 48 27 © =670 03 84 
Larger than 25 MVA nameplate 
Basic,no LTC,no pumpsorfans .10 24 03 63 2 48 02 152 
with pumps and fans 12 36 5 70 22 64 03 144 
with pumps and fans and LTC 18 32 06 72 rf a f° 02 168 
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Figure 16.9 Top, voltage profile at high and low load levels along a three-mile-long feeder trunk 
with no regulation. Middle, with regulation to maintain constant low side voltage regardless of 
load or high-side voltage. Bottom, voltage with a line drop compensator set to a point 1.5 miles 
from the substation. 
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halfway out the feeder trunk), causing the transformer to adjust its taps to 
compensate for the anticipated voltage drop to that point, effectively keeping voltage 
at that point constant as loading increases. 


In some cases LCD’s will be set to provide a voltage boost with increasing load that is 
based on the anticipated average voltage drop of the several feeders it serves. However, 
most often in such situations voltage regulation is provided by separate voltage regulators 
installed for each feeder, which are part of the low-side portion of the substation. 


Salient Transformer Features for the Planner 


From the planner’s perspective, the important issues with respect to alternative substation 
transformer configurations are the cost, capacity, and reliability of the various alternative 
designs. In addition, the expandability and flexibility of adaptation of an alternative may be 
an issue when future load growth is uncertain. Generally, reliability of a multi-transformer 
substation is a function of both the number and size of transformers and the high-and low- 
side bus/switching configurations. Providing multiple transformers with capacity sufficient 
to support the load when any one is out of service is necessary in order to achieve high 
levels of service availability. However, only compatibility of the high- and low-side designs 
will assure that the substation has the capability to utilize this potential. Therefore, selection 
of the number, type, and configuration of the transformer level is very much a function of 
the high- and low-side configurations. 


16.4 LOW-SIDE PORTION OF A SUBSTATION 


The low-side portion of a substation operates at the voltage associated with the primary 
distribution feeders, and includes all buswork, switching and protection, voltage regulation, 
metering, monitoring, control, and other equipment required to provide service to the 
substation’s feeders. Normally, any low-side breakers or fuses protecting the transformers 
are also included in this level, not at the transformer level. 

While the low-side portion of a substation operates at low voltage, it operates at much 
higher current levels than the high side, and has high fault current levels, too, so that the 
size of buswork and components like switches and the structural integrity of some 
components must be as great or greater. However, its insulation requirements are 
considerably less. Typically, it is the least costly of the four parts of a substation, 
representing from 1/15 to 1/5 of a substation’s total cost. Cost of this part is somewhat more 
linear with respect to substation capacity than either the high-side or transformer portions, 
with cost being largely proportional to the number of feeders built. 

Typical low-side layout includes a low-side bus associated with each transformer, from 
which one to six feeders are serviced. shows several arrangements for the low 
side of a substation. Generally, provision is made so that adjacent transformer low-side 
buses can be switched together, so that in the event of a transformer being out of service, 
the bus it normally services can be fed from another transformer. 

Protection — either breaker or fuse — is always provided for each feeder. In fact a 
workable definition for a “feeder” could be: “The circuit downstream of an individual low- 
side protective device at the substation.” Additionally, some or all feeders may have voltage 
regulators installed at the substation. These can be either gang operated (all three phases 
move together and are set to the same tap) or individually operated, and set to regulate 
voltage at the substation or, using a line drop compensator, to a regulation point on each 
feeder. 
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w=<== transmission lines Q voltage regulator 
—— distribution lines —— low side bus 
["] breaker ¢ fuse 


Figure 16.10 Several types of low-side substation arrangement (high-side portion of each substation 
is not shown). (A) A single feeder with a fuse and voltage regulator, fed by a single transformer, as 
might be installed in a small rural location. (B) A two-transformer substation with each transformer 
serving three feeders, a tie switch (normally open) between its two buses, and tie switches (normally 
closed) to isolate each transformer on the low side in the event of an outage, so that either transformer 
can serve all six feeders. (C) A three-transformer substation with breakers connecting buses and 
transformers (each transformer-to-bus breaker is closed, each bus-to-bus breaker open, during normal 
operations) in a low-side ring-bus arrangement so that any transformer can support any other 
transformer’s load during contingencies. 


In addition, there is considerable other equipment not generally important to distribution 
planners (which doesn’t mean it is not important) nor relevant to the evaluation of 
alternatives in planning substations. This includes switches to allow the isolation of each 
bus and breaker, lightning arresters, potential and current transformers, etc. The cost of all 
such items should be included in cost estimates for budgeting. However, as this equipment 
is mandatory for every alternative, it is not germane to the issue of cost versus performance, 
and of no concern to the planners as they decide among alternative designs. 


Low-Side Reliability Considerations 


Service reliability and the evaluation of alternatives based on differences in reliability is 
seldom a large planning concern in the layout and specification of the low-side portion of a 
substation, for several reasons. First, with the exception of the buswork itself and a few 
other similarly dependable, low maintenance elements, a substation’s low-side equipment 
consists of feeder-related “sets,” for example the majority of low-side equipment in a 
substation with eight feeders consists of the eight sets of breaker-regulator-switches- 
monitoring-getaway associated with serving the feeder system. A scheduled or unscheduled 
outage anywhere in one of these eight sets interrupts service to only a single feeder, and can 
be restored through feeder-level restoration procedures (i.e., switching to another feeder) 
within criteria and times considered acceptable for distribution-level restoration using 
feeder switching. Second, this equipment operates at a relatively low (primary) voltage, and 
is quite durable, reliable, and straightforward to maintain. Thus, reliability considerations 
associated directly with providing contingency support for the low-side equipment are 
normally not a big concern in planning the layout of a substation. 
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Low-side compatibility with transformer contingency support plans is a major planning 
concern. The chief benefit derived from multiple substation transformers is the ability to 
provide contingency support during scheduled or unscheduled outages, but the low-side 
configuration and equipment must be able to support this if the potential reliability 
improvement is to be realized. and C are two arrangements where switching 
is provided so that loads can be transferred among transformers. In B, switches provide the 
ability to isolate either of a pair of transformers and then tie their two buses together so that 
either transformer can support the load of both during an outage of the other. In C, breakers 
provide switching among three transformer low-side buses for the same purpose. Such bus 
re-switching can be accomplished in a number of ways, all essentially the same switching 
arrangement but implemented with different levels of speed and control characteristics. 


Manual switching using load breaker switches for low-side bus ties is the least 
costly alternative, but the one that produces the longest interruption durations. In 
order to restore service, someone must travel to the substation and manually close 
and open appropriate switches to restore service, typically resulting in an 
interruption duration of one-half to one hour. Despite the delay in restoration time, 
use of manual switching is recommended in situations where the utility’s remote 
monitoring of equipment and conditions at the substation (ie., SCADA or 
automation) is insufficient to provide enough information to make certain that 
such switching is safe and will be secure. The person doing the switching can 
inspect the substation and its equipment to assure that conditions are appropriate 
before making the transfer of load. 


Motor-operated switches, either remote controlled or designed for automatic 
rollover, can be provided to effect both isolation of the transformer and closure of 
the tie to another bus, resulting in restoration within less than five minutes 
(perhaps within less than a minute). If done by remote control, it is sound practice 
if on-site monitoring is available to provide the operator making the remote 
switching with the status of high-side breakers, the switches, both transformers 
(monitoring of both temperature and load is best), and the low-side bus voltages 
and flows, in order to be able to ascertain: 


a. The cause of the outage. 
b. If conditions appear appropriate for switching. 
c. That service is restored when the contingency switching is completed. 


If done with automatic equipment, the “roll over” must be controlled with 
equipment that affects switching in the proper sequence: (1) check that the high- 
side breaker is open, (2) open low-side tie to transformer, and (3) close low-side 
bus tie. Similarly, if restoration were affected by automated equipment under 
central control, the program logic would follow the same series of steps. 


Breakers can be used instead of switches, providing much faster switching along 
with superior interruption isolation. Protection can be arranged so that upon a fault 
or other condition in the transformer, both high- and low-side breakers open to 
isolate the transformer, immediately followed by closure of the tie breaker. This 
reduces interruption time to a matter of seconds (it will still be very discernible to 
both digital equipment and human beings). Again, as with motor-operated 
switches, this function can either be implemented with an automatic (on-site) set 
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of control-relaying equipment, or done by remote automation from a central 
control facility (in which case data communication back and forth adds slightly — 
perhaps a second or more — to the interruption time). ° 


Thus, low-side reliability planning mostly consists mostly of selecting from among 
alternatives in switching speed and flexibility, and assessing their application to isolation 
and switching of the low-side buses to contro] outage duration — more expensive equipment 
can provide shorter duration of outages. 

Recommended planning procedure for this portion of the substation is to balance the 
cost of reducing customer-minutes of interruption here against the cost of buying similar 
improvements elsewhere in the system. The working concept is to “buy” improvement were 
it costs the least. Frequently, this leads to application of low-side breakers and their 
automation, for while such equipment is relatively expensive, outages at the substation 
affect many customers and manual switching requires considerable time, so that on a basis 
of “cost per customer-minute of improvement,” money spent here has the largest impact in 
the entire sub-transmission/substation/feeder chain. 

In addition, the actual arrangement of the buses and switching may present alternatives 
that need to be evaluated. In the low-side buswork in a three-transformer 
substation is configured as a ring-bus, so that the two end buses can be connected together, 
but kept isolated from the middle bus. Under some situations, such a bus arrangement may 
not be necessary, or justifiable based on cost, but there are two reasons why this may be 
advantageous. 


1. Flexibility of transformer support. Without the ring-bus arrangement, the 
substation has full transformer contingency support for any single 
transformer outage, but the middle transformer must be used when either 
of the two end units is out of service. With the ring-bus arrangement, 
operators have the option of supporting the load of either end unit from the 
other end unit, rather than the middle transformer. There may be times or 
conditions in which this is preferred. 


2. Unequal size transformers. The three transformers shown in Figure 
16.10C may not be the same capacity. If the middle unit is the smallest of 
the three (perhaps they are rated at 32, 24, and 32 MVA respectively, left 
to right), then a ring bus is warranted so that the two larger units can 
provide support to one another. 


Regardless, the important point in this discussion is not specifically about the ring-bus 
configuration, but rather that the low-side bus configuration must be compatible with and 
meet the contingency support needs of the substation as a whole. Figure 16.10C is an 
example of such a need, but there are many other quite different situations. Planners need to 
ascertain what contingencies are to be supported on the high side and transformer portion 
and assure that appropriate low-side configuration is possible to support them. 


° The protection would provide no greater safety to personnel or equipment, but would be superior in 
terms of minimizing the extent of any interruptions caused by further problems. For example, in the 
configuration shown in Figure 16.10B, after contingency switching to operate with one transformer, 
if problems already exist or occur on low-side bus (it may have been damaged by whatever event 
took the transformer out of service), then the only protection option left is to isolate the entire 
substation by opening the operating transformer's high-side breaker. On the other hand, if the tie 
switch is replaced with a breaker, it can immediately open to isolate the problem and cut the 
interruption extent in half. 
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16.5 THE SUBSTATION SITE 


The substation site must be appropriate to contain the high-side equipment, the transformers 
and their support equipment, the low-side equipment, and anything else required, in 
whatever configurations are decided upon. Except for vault type packaged substations, and 
certain very rare types of basement or underground situations, substations are normally built 
above ground with the equipment exposed to the elements. Purchase and preparation of the 
actual site is a significant portion of substation cost — from 1/10 to 2/3 of the site cost 
depending on the location and other requirements. It also varies greatly from site to site 
Figure 16.11}, making site cost a factor in siting and planning a substation. Elements of site 
cost are: 


The land. Substations require anywhere from several hundred square feet (for a 
package one-transformer substation) to ten or more acres for a transmission- 
distribution substation. Both the land itself and the surveying/filing/legal process 
necessary to obtain a site are expensive. 

Recommended procedure for site purchase is to identify siting needs far in 
advance through long range planning, and buy sites at whatever time provides the 
lowest present-worth cost, taking into account the expected escalation in price and 
the risk that current forecasts and plans may not be perfect. This has the benefit of 
assuring the utility that it will obtain the site when needed — too often waiting as 
long as possible means that all optimal and near-optimal, and even workable, sites 
have been taken for development, and the utility must make do with a site that 
presents severe limitations or is in the wrong location.® 

In cases where a site is bought far in advance, a further recommendation is to 
fence it immediately and store several large pieces of spare or surplus substation 
equipment there. A fenced yard with breakers and transformers inside makes it 
clear that the site is a utility substation, avoiding accusations of non-disclosure 
later on. 


Civil/electrical/mechanical preparation includes providing a grounding grid, 
foundations for racks and equipment, and underground ductwork for control] and 
communications cables as well as underground electric T&D cables, a control 
house, and other facilities such as oil spillage containment tanks, etc., to support 
the electrical function of the substation. These costs can depend greatly on the type 
of underlying soil and rock. 


Feeder getaway. Routing a large number of feeders out of a substation can 
become a challenge in congested or otherwise restricted sites. Very often, 
particularly if not picked carefully far in advance, the sites available to a utility 
may have severe limitations on the routing of distribution rights of way and 
easements out of the site. illustrates this point. The substation in 
question was the only one available for a 138 kV/12.47 kV 3 transformer 
substation with 12 feeders. Wetland and other considerations limited the utility to 
less than 90 degrees of the compass for routing of feeders out of the substation. 


'© Some utilities are prohibited by municipal law or franchise regulation from buying sites in advance 
of need, a policy aimed at preventing a utility from benefiting from land price escalation and from 
any temptation to indulge in land speculation. However, the author believes strongly that purchase of 
substation sites in the open market in advance of need, in order to obtain sites that lead to efficient 
T&D design, is a proper business practice for all utilities. 
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Land cost Site preparation 


Five Miles i Shading indicates relative cost 


Figure 16.11 Relative site cost including land purchase cost (left) and preparation costs (right) for a 
candidate substation service area of 18.0 square miles on the outskirts of a major city in the United 
States, developed based on assumptions about local land prices as a function of amenities (proximity 
to highway, etc.) and geological analysis of site substrate, etc. (This is from the substation siting 


example in|Chapter 18} section 18.3). 


Fait 
transmission ROW 


Site Map 
Rhino Ridge 
substation 


Figure 16.12 A particularly poor site for a large substation from the standpoint of feeder getaways. 
Three quarters of the directions that could normally be used are precluded due to a federal wetland 
area. A nearby school further limits feeder routing. 
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Table 16.5 Representative Substation Site Costs — $ x 1000 


Substation Type Area Required Cost 

Rural 46 kV/22 kV 12 MVA capacity, wood pole constr. 8,000 sq. ft. $11 
Suburban, 161 kV/25 kV, two 60 MVA transformers, normal 1.3 acres $490 
Same as above, but site is steep hillside, rock subsurface 1.3 acres $1,290 
33 kV/11 kV packaged “European” UG vault, 15 MVA 2x4x2m. $21 
Urban, 138 kV/34.5 kV, 4x 25 MVA transf. brick wal] 1.6 acres $2,000 
Urban, 230 kV/25 kV, 5 x 50 MVA, underground 1 acre $3,500 
Suburban, 345 kV/230 kV/115 kV/23 kV/13.8 kV, 340 MVA 8 acres $4,200 


Even though all construction was intended to be overhead, eight feeders had to be 
routed up to 1/6 mile away in underground ducts before available space above 
ground was found for them. Total cost of meeting these special feeder getaway 
requirements totaled over $660,000. 


Public safety and esthetic site preparation includes at a minimum a fence or wall 
around the site to secure it from public access. In problem areas, the fence or wall 
may need to be up to ten meters high. The utility may be required to landscape the 
site, with a green space including foliage to block view of the equipment. In some 
cases, the substation may be enclosed in what appears to be a building (often 
called a “cottage substation”) to completely hide it. 

A substation utilizing underground transmission and distribution can be built in 
the basement of a large building, but this is generally an option only in dense 
urban areas where land cost for an above-ground substation is absolutely 
prohibitive. Space and clearance limitations of basement substations often require 
GIS insulated equipment to be used throughout. 


Taxes and permits. Investor-owned utilities usually have to pay initial building 
permit fees, etc. and continuing annual property taxes on the site and its installed 
equipment. Tax rates vary enough among different counties and municipalities 
that the location of a substation in one or another can noticeably affect its PW cost. 


Substation site cost varies greatly depending on size, type of substation, location, and 
subsurface material. Table 16.5 gives costs for several substation sites. Generally, the 
specific site and the manner of preparation have little if any influence on reliability. 


16.6 SUBSTATION COSTS, CAPACITY, AND RELIABILITY 


As discussed above, substations can be viewed as having four major components, each of 
which has a cost. Generally, cost increases with higher voltage, greater capacity, and higher 
reliability. Very rough rules of thumb about cost are: 


Minimum site. The minimum economical capacity for a substation is roughly 
equal to one-fourth the high-side voltage. A “minimum” 69 kV/XX kV substation 
can serve about 17 MVA - anything less costs little less than a 17 MVA 
substation. A “minimum” 230 kV/XX kV substation will serve about 57 MVA. 
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Table 16.6 Representative Costs of Distribution Substations - $ x 1000 


Substation Location Capital O&M 


69 kV/25 kV, one incoming circuit (radial) with rural $61 
high-side fuses, 7.5 MVA transformer (no LTC), 

one feeder (fused) with voltage regulator. Al pole 

and crossarm rack construction. Peak load 4.4 MVA. 

All OH. Built with used (rebuilt) transformer and 

regulators. 


33 kV/11 kV completely packaged 15 MVA vault urban $100 
type unit with high-side fuses, three low-side feeder 

connections (all fused). All UG. No voltage 

regulation. Typically serves 12 MVA. 


69 kV/13 kV, two incoming UG circuits with breakers urban $3,200 
two 33 MVA LTC transformers, two low-side buses 

each leading to three 12 MVA UG feeders each with a 

breaker and voltage regulator. Metal-clad switch. 

“Cottage structure” enclosed. Peak load of 45 MVA. 


161 kV/ 24 kV, two incoming OH circuits with breakers suburban $4,100 
two 60 MVA LTC transformers, two low-side buses 

each leading to three 22 MVA feeders each witha 

breaker and voltage regulator and UG getaway, all 

steel construction, enclosed control house. Extensive 

landscaping. Serves a peak load of 96 MVA. 


230 kV/25 kV to 12.47 kV, five incoming OH circuits suburban $11,200 
with ring bus, three 75 MVA 230/25 kV and two 50 MVA 

230/12.47 kV LTC transformers, low-side bus breakers. 

twelve 25 kV and eight 12.47 kV OH feeders, all with 

breakers, voltage regulators on 12.47 kV, 200 yard UG 

getaways. Steel outdoor construction. Control house. 

Peak load 288 MVA. 


230 kV/25 kV, three incoming UG circuits with urban core $19,200 
ring bus, five 75 MVA 230/25 kV LTC transformers, 

(four in service and a fifth energized as standby), 

breakers, fifteen 25 kV UG feeders with breakers. 

Underground (basement) facility. Metal clad 

switchgear. Peak load 225 MVA. 


$3 


$135 


$135 


$320 


$350 
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Linearity of cost with increasing capacity. Site, high-side, transformer, and low- 
side costs are roughly proportional to capacity when it is above the minimum 
economical size for a substation. 


Site cost rans about one-fifth of total cost. It tends to increase slightly as low- or 
high-side voltage level is increased for substations that are otherwise identical in 
capacity and configuration, due to the larger clearances/equipment required at 
higher voltage and the greater preparation and site costs for the higher voltage — a 
230 kV/25 kV substation of 120 MVA capacity is about 12% more costly than a 
161 kV/19 kV substation of the same capacity. 


High-side cost above 138 kV tends to increase as the 1.25 power of the voltage 
level — 230 kV costs about 2.35 times that of a 115 KV. Costs at voltages below 87 
kV and above 33 kV are generally linear as a function of voltage — 87 kV costs 
about twice what 46 kV does, etc. 


Low-side cost tends to increase as the square root of primary voltage level — 
increasing voltage from 4 kV to 34.5 kV (8.6 times) increases low-side cost by 
about a factor of three. 


Transformer cost varies about halfway between high- and low-side variation. 


Customization is expensive. Whether dictated by unusual circumstances or a desire 
to reduce cost, departure from standard design practices usually increases cost, 
often in unanticipated ways. 


able 16.6 lists representative costs (2002 dollars), capacities (maximum continuous), 
and service interruption rates (minutes per year) for several substations. 


16.7 SUBSTATION STANDARDIZATION 
Customized Versus “Off the Rack” Substations 


Through most of the 20" century, every substation in most utility power systems throughout 
North America was planned, engineered, and designed as a “custom” project. Each 
distribution substation and each transmissicn substation was planned, engineered, and 
constructed on an individual basis, potentially different than others in its class, even though 
it was to perform the very same job as others of its type, would be composed mostly of 
identical parts, would be engineered to identical guidelines, and would operate with the 
same type of electricity. Utilities had systems composed of substations which were each 
very near to optimally matched to their specific needs and situation. However, costs were 
rather high, maintenance and spares management was fragmented and complicated 
(compared to scenarios that used a common substation design), and operation of the system 
often had to accommodate different characteristics from one to another substation. 

In retrospect, this level of customization seems almost bizarre. Electric utilities devoted 
a good deal of expensive engineering talent on what turned out to be largely repetitive work 
designing each substation, and spent a lot on “site-building” each individual facility. The 
resulting substations were largely the same, with only slight differences from one to 
another, but those differences were enough to preclude most benefits that might accrue 
from standardization of maintenance, service, and spares practices, and were definitely 
sufficient to mean that Operations could not assume commonality and often had to deal 
with the individual quirks of one station or another. 
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On the other end of the “customizability” scale from mid 20" century North America 
practice was the unit substation approach used by many European utilities during that same 
period. There, for some classes of substation, absolutely identical units were installed in 
every situation where a substation was needed. The characteristics of the sites and the 
systems around them were tailored to fit these unit substations. European utilities gained 
tremendous benefits in terms of lower unit cost, commonality of maintenance practices and 
spare parts, and operation flexibility. However, absolute commonality of substation design 
imposes constraints on other levels of the system and often results in its own set of 
operating restrictions. There were (and still are) valid differences in site conditions, 
operating constraints, loadings levels, system fault levels, and other factors, which mean a 
common design cannot successfully meet all needs. 

The real issue is to identify the best medium between these two extremes. 
Customization is needed on rare occasions, completely justified by the savings or operating 
advantages it provides in other areas. Commonality of design and components can yield up 
to a 35% savings in maintenance and service costs, and provide much more operating 
flexibility. 


Standardized Site-Built Substations 


In the late 20" century many large utilities moved from customized, one-by-one substations 
to more standardized designs. A utility would develop a standard design for a certain class 
of substation (e.g, 138/12.47 kV distribution) and design and build all future substations as 
tailored versions on this standard template. There were detailed variations on this approach: 
one utility standardized designs and managed equipment and construction in groups of five 
or six, “improving” the design (re-designing) of each subsequent half dozen. Another 
developed a “five year design” (e.g., the 1995 design) which was intended to be used for all 
substations during a five year period, then reviewed and revised. 


Figure 16.13 A modular substation consisting of two pre-fabricated assemblies. It was assembled and 
commissioned in less than seven days of on-site work. 
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Each utility was attempting to gain the advantages that standardization would bring in 
reduced design and engineering costs, procurement, and operation. Yet the savings were 
usually miniscule. One utility with such a program saw no reduction in substation 
engineering and design requirements (e.g., the standardization led to no ability to 
downsize). Per-substation costs were only slightly lower than traditional levels, because 
they were still assembled from component parts on site with high labor cost in a process 
basically designed for customized substations. 


Modular Substations 


Modular substations are “factory built’ substations, assembled complete on one or more 
metal platforms, trucked to the site, installed, interconnected, and commissioned in a rather 
short time (only several days). A small modular substation is shown in 
Factory built substations are usually limited to single- or two-transformer designs with 
high-side voltages below 187 kV. Typically they include high-side and low-side buses, 
breakers, all control equipment, and any automation requested and are delivered completely 
assembled and wired. shows a distribution substation composed of two 
modules. 


Two types of modular approach 


Modular substations are available from a number of suppliers in either ANSI or IEC 
standards versions and in a variety of configurations and capacity ratings. There are two 
types of modular substations available which vary in the amount of standardized design and 
availability of options they offer: 


Automatically-designed modular substations. For these substations the 
manufacturer uses automated CAD-CAM technology to produce a completely 
engineered and compatible design tailored to a particular site and situation, in a 
matter of only a few hours. (The substation will not only be completely engineered 
to meet all normal power-system, safety, and code requirements, but also for quick, 
modular manufacture, assembly, and transportation.) These custom-designed 
substations are available in a very wide range of voltages and ratings to 
accummodate mosi situations and special needs. 


Standard modular substation designs. Most manufacturers also offer a series of 
standard designs, complete substations in a variety of capacities and configurations 
that span most needs. There is less flexibility of capacity, configuration, protection 
scheme and site fit with these standard designs, but they cost somewhat less than 
custom-designed units and are generally available with a shorter lead time. 


Advantages and disadvantages of modular substations 


Modular substations have two major advantages for a utility or industrial power system 
owner. First, they have very short lead and construction times. Typically, manufacturers can 
provide these substations with about the same lead time as substation transformers (lead 
time on transformers is usually the limiting factor on delivery time, particularly with 
automatically-designed modular substations). Second, the preparatory labor required at the 
site includes only clearing and leveling, putting in place the grounding, fencing, and any 
esthetic work needed. The installation and interconnection of the modules, along with 
testing and commissioning, typically takes only a week to a week and a half. Thus, the units 
have lower lead time and much less site work time than traditional “site built” substations. 
Partly because of this very limited on-site labor requirement, modular substations have a 
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substantially lower overall cost when compared to equivalent site-built substations, often 
with an initial cost that is 30% lower. The savings are due to the efficiency (and lower per- 
unit labor cost) of factory assembly and the shorter and less involved on-site work period. 

Quality of modular substations is comparable or better than site-built facilities. Both 
site-built and modular substations are assembled from the same basic components (e.g., 
standard transformers and breakers, panels and equipment). But modular substations are 
built in a structured, repeatable, quality-controlled assembly line fashion, not subject to the 
vagaries of weather, and are very well put together and properly aligned and tested from the 
factory. They are also built for transport and tend to be quite robust, a feature that serves 
them well in subsequent service. Maintenance and service costs are also comparable — the 
same equipment is used in site-built and modular substations and both are built with 
adequate service and replacement access considerations. 

Compatibility with existing utility standards, particularly protection is often cited as a 
barrier to use of modular substation, but in the author’s experience this is just an excuse 
(and a poor one) for objecting to their use. Modular substation manufacturers generally 
offer any type of protection schemes and relaying equipment, including substations rigged 
for full automation now or in the future. Automatically-design modular substations, in 
particular, can meet any reasonable standard and design requirements. 

Generally, modular substations are not available for higher transmission voltages (above 
200 kV) or for unusual configurations (triple incoming feed, double bus, two-distribution 
voltages at one substation, etc.). However, they meet most utility distribution and industrial 
applications. Modular substations, particularly of the custom-designed type, generally can 
fit the vast majority of needs. Large capacity substations are possible (just use many 
modules), but individual transformers are limited to about 40-50 MVA due to the need to fit 
within the modules. 

Site access and transportation can be a limiting factor and a disadvantage in some cases. 
The substation modules are larger and heavier than any of the individual units of equipment 
required for a substation and in the rare case (e.g., building a substation in mountainous 
terrain) that larger size will preclude a modular substation being used at a particular site due 
to difficulty in transporting them to the site. However such situations are rare but 
occasionally do constrain the use of modular substations. 


Unit Substations 


Unit substations are self-contained single-unit modular substations, usually completely 
contained in one “box’ (they often !ook like a large dumpster of a cargo container). They 
include all parts of a substation packaged in this single assembly, usually a metal-clad 
weatherproof housing, with separate portions for each of the three parts of a substation, and 
include, usually in separately accessible cabinets, a high-side section with connectors for 
one (for radial service) or two (for loop service) incoming high-side circuits, a transformer, 
and a low-side set of buswork and protection suitable for the substation’s application. Some 
unit substations have breakers for one or both sides, but more typically only fuses or no 
protection at all are provided. The transformer may or may not be a load tap changing unit 
with or without a line drop compensator. 

Such units are available for overhead application as well as for underground systems in 
either padmount or vault-type applications. Combinations include high-side voltages as 
high as 115 kV and as low as 5 kV, and low-side voltages from .416 kV to 34.5 kV. Unit 
substations are also sometimes called CPS (completely packaged substations) or CSP 
(completely protected substations) a confusing nomenclature. 

Unit substations are essentially modular, “completely protected” transformers. They are 
widely used throughout Europe and in European type systems as the transformation level 
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between the two levels of the “dual voltage” feeder loop systems. Therefore they can be 
viewed as a sub-transmission/primary voltage substation. Unit substations provide a very 
standardized, modular, and effective way to lay out economical and efficient T&D systems. 


Mobile Substations 


Occasionally, a catastrophic equipment failure may mean that an entire substation will be 
out of service for an extended period of time, regardless of design provisions for 
contingency backup. In such cases, mobile substations can be used, their equipment being 
mounted on one or more large tractor trailer assemblies that can be moved to the site to 
provide temporary service. 

Mobile substations are generally modular in design and limited to about 40 MVA 
maximum capacity, due to size and weight limitations. They are not much more expensive 
than equivalent permanent facilities, but typically take three to six hours to connect and 
energize once moved to a site, in addition to whatever time is required to actually move 
them to the site. 

In situations where several substations in a system do not have feasible contingency 
support for major failures (buswork/transformer), mobile substations provide a prudent 
contingency backup plan. One mobile substation can provide “support” to a number of 
substations. 


16.8 SUBSTATION PLANNING AND THE 
CONCEPT OF “TRANSFORMER UNITS” 


Often, the planning and design of substations for a particular system is done using 
transformer “units,” a unit including all equipment associated with a transformer and its 
standard application as part of the system.'’ This equipment is usually not contained in a 
pre-packaged assembly as is the case with unit substations. Rather, the utility’s engineering 
department will have laid out and specified a series of standard designs (units) each of 
which includes a transformer of a certain capacity, along with the site preparation 
(foundation, grounding, ductwork, etc.) necessary to install it, as well as appropriately 
selected and sized racks and buswork, switches, breakers, monitoring and control 
equipment, oil spill containment and fire prevention systems. and any cooling and noise 
abatement equipment. . 

Everything in a unit is compatible in size, type, and installation with the utilization of 
the transformer. The buswork specified will be capable of supporting the full load of the 
transformer. The breakers specified will be the most economical to match the short circuit 
duty requirements of the transformer, etc. They form an economical “unit” that fully utilizes 
the transformer’s capacity while meeting corporate criteria on safety, protection, loading, 
etc. 

Each standard unit design will include a standard load rating (usually the rating of the 
transformer) that indicates its capacity application, as well as an estimated cost, both of 
which can be used in system planning. For example, while a 24 MVA, 138/12.47 kV 
transformer might cost $166,000, a complete 24 MVA unit installation with breakers on the 
high and low sides, appropriate switches, racks, buswork, and control equipment and all site 
preparation and labor might have an estimated cost of $380,000. A “transformer unit” 
might also include all the low-side equipment associated with the feeders it is intended to 
serve. For example, planning evaluation may have determined that a 24 MVA transformer 


' It can be confusing, but these “transformer units” are not the same as the “unit substation” discussed 
earlier. 
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Table 16.7 Typical “Unit” Costs as Used for Substation Planning of 138 kV/25 kV Overhead 
Distribution Substations for a Large Investor Owned Utility System —$ x 1000 


Item Capital O&M 
Site (land, preparation, grounding, control building, fence, etc.) $770 $7.0 
High-side cost including station towers, buswork, switches, site work 
radial service (up to 40 MVA) including one breaker $510 $2.5 
loop service (up to 120 MVA) including two breakers $860 $4.0 
loop service (up to 240 MVA) including two breakers $1,180 $5.5 
Transformer units inclusive 
22/29/37 MVA with two 19 MVA feeders $820 $12.0 
33/44/56 MVA with three 19 MVA feeders $1,090 $15.5 
50/67/83 MVA with four 19 MVA feeders $1,430 $20.0 
Example: substation including Capital O&M 
basic site $770 $7.0 
120 MVA incoming loop capacity $860 $4.0 
3 x (33/44/56 MVA units + 3 x 19 MVA feeder) $3,270 $46.5 
Estimated cost $4,900 $57.5 
16 MVA 24 MVA 32 MVA 


ma== transmission lines crY YY 
—— distribution lines 
[] breaker 


Figure 16.14 Concept of “transformer units” includes specifying all equipment for the complete 
installation and application of a particular size transformer as a unit, with all support equipment 
including buswork, switching and breakers, monitoring and control, etc., sized and selected to be 
compatible, and to be the most economical that matches the transformer’s capacity. Illustrated here are 
three units encompassing 138/12 kV transformers of 16, 24, and 32 MVA respectively, along with all _ 
equipment to support the high side and low side — including equipment for two, three, and four 9 
MVA feeder bays, respectively. Size of symbols gives an indication of capacity. 
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Figure 16.8 One-Page Summary of Chapter 16 


Substation level is the least expensive level in the power system constituting only 
about 1/6 of the total cost. 


Substations are more important to system performance and economy than their cost 
alone might indicate, because: 


They are the tie point between transmission and distribution, largely defining 
the relationship between T and D. 


They are the end points (delivery points) of the transmission system. They set 
constraints on the transmission system, which must reach them and deliver 
power to them, even in cases where that task is costly or unreliable because of 
other system constraints. 


They are the starting points of the distribution system. Their locations define 
the center points of local feeder networks, and create getaway constraints. The 
distance between them sets requirements for the distance feeders must move 
power 


Four basic parts make up a substation and must be considered in total to make a 
decision about its viability: 


e The site itself 

e The high-side buswork and protection 
e The low-side buswork and protection 
e The transformers 


Transformers are not only the raison d’ etre for distribution substations. Distribution 
substations utilize from one to six transformers to convert incoming power from the 
sub-transmission voltage to the primary distribution voltage. But they often represent 
the largest portion of the cost, typically from 1/2 to 2/3 of the total substation cost. 


The sum of all transformer ratings usually defines a substation’s capacity. 


Recommended planning procedure for substations is to balance the cost of reducing 
customer-minutes of interruption here against the cost of buying similar improvements 
elsewhere in the system. 


Purchase and preparation of the actual site is a significant portion of substation cost 
— from 1/10 to 2/3 of the site cost depending on its location relative to costly portions 
of a city (e.g., downtown). 


Feeder getaway problems — routing a large number of feeders out of a substation can 
become a challenge in congested or otherwise restricted sites. Very often, feeder 
getaway constraints limit the use of an otherwise excellent site to less than the capacity 
that could be installed in the space available. 


Standardization of substations to a common design can improve quality and lower 
maintenance and service costs, but does not lead to large reduction in initial cost. 


Initial cost of substations can be driven down by up to 25% by use of factory 
assembled (modular) substations. This minimizes on-site labor and cuts cycle time for 
a new substation significantly. 


Substation planning is often done on the basis of “transformer units,” each unit 
being all equipment necessary to expand the substation by a capacity associated with 
an additional transformer. 
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unit should most efficiently provide power to four feeders. Including the switches, breakers, 
voltage regulators, monitoring and control equipment, in-yard ductwork, and riser poles (if 
any) for feeder getaways might raise the price of this unit to $640,000. 

Unit designs will typically include several sizes/configurations with all 
equipment in each unit selected to be compatible as to size and to all applicable corporate 
safety, protection, and engineering criteria (Figure 16.14) A few utilities have standardized 
on only one unit size which they apply to all new substations — if more capacity is needed, 
more units are built at a particular site. Typically, this size will be slightly greater than the 
“minimum economical size” for the high-side voltage, and utilize a “commodity” 
transformer size — one that is common and thus available at low cost due to competition 
among suppliers. For example, this is about 22 to 25 MVA FOFA at 115 to 138 kV. 

Substation planning, engineering, layout, and design based on a series of unit 
transformers is a recommended practice, for several reasons. First, developing sets of 
compatible, least-cost equipment of varying capacity levels helps focus attention on 
standardization and economy, and assures compatibility of design among all parts of a 
substation. 

Even in cases where the utility has not engineered such unit designs in detail, 
recommended practice is for distribution planners to define a set of transformer units and 
estimated costs for use in planning, as shown in Figure 16.14. With such a system, a 
substation is reduced to a series of modules including a site cost, a high-side cost, and one 
or more transformer units that include the transformer and the low-side facilities associated 
with it. While such standardization is theoretically less accurate than explicit analysis on a 
case-by-case basis, in practice it is better, for it streamlines procedure, helps avoid 
omissions, and focuses attention on how the whole plan fits together. 


16.9 CONCLUSION AND SUMMARY 
Planning: More Is Involved than Just the Substation 


Substations are key elements of the T&D chain, and proper selection of equipment and 
configuration is crucial to successful planning of the delivery system. Key points made in 
this chapter are given in However, much of a substation’s impact on system 
performance and cost goes beyond the design, capacity, or reliability of equipment inside 
the substation fence. Rather, it is a function of the substation’s location and its role in the 
system as a whole. As mentioned at the beginning of this chapter, because substations are 
the meeting point of T and D, they tend to have an influence on system design all out of 
proportion to their cost. This influence, and planning to accommodate it to advantage into 
the overall least-cost system design, is discussed in the next few chapters. A critical element 
of T&D planning is assuring that the substation equipment and configuration fits this 
overall system design. 
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Distribution System Layout 


17.1 INTRODUCTION 


A distribution system is composed of many parts, and although the distribution planner has 
great discretion over the selection of these parts and many aspects of their siting and 
installation, ultimately they must be assembled into a complete system leading from the 
power grid to the customers. A combination of good economy and efficient performance 
comes only from joining the myriad levels and types of equipment involved in a T&D 
system into a compatible whole, and that happens only by design. “The system” is more 
important than any of its parts, and specification and design to fit each part into the system 
is the critical step in effective delivery planning — it is more important that the parts fit 
together well than that any of them be individually ideal. 

This chapter examines the elements and layout of distribution systems, focusing on how 
the various parts and sub-systems in a T&D system act in concert and how electrical 
performance, reliability, and, most of all, cost “add up” to define the character of that 
system’s performance. Section 17.2 looks at a typical T&D system — an example system 
used throughout this and subsequent chapters — and at the contribution each of its parts 
makes to performance and cost. The example T&D system is then examined in detail in 
section 17.3, looking at how its cost and performance change as various aspects of its 
design — such as substation spacing, primary voltage level, and similar design factors ~— are 
varied. Section 17.4 provides a similar examination of a rural delivery system, one 
dominated by voltage drop and load reach considerations instead of capacity limitations as 
in typical urban/suburban systems. Section 17.5 concludes the chapter with a list of general 
traits about the structure and performance-cost tradeoffs involved in T&D system layout. 


17.2 THE T&D SYSTEM IN ITS ENTIRETY 


shows a six-substation area of an example power delivery system, a slightly 
idealized layout in which every unit at every level is identical (i.e., every substation service 
area is the same size and shape, every feeder is the same area and peak load), but 
nonetheless this system is a very real, representative form of a T&D system. This example, 
one of several to be used in this chapter, is based on a large metropolitan suburban/urban 
system in the central United States. 


615 
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Five Miles & substation =— subtransmission 
CC —— 


Figure 17.1 Slightly idealized concept of a delivery system to be used in analysis of costs and 
performance in this chapter. Sub-transmission at 138 kV delivers power to 81 MVA capacity 
substations for distribution on a 12.47 kV feeder system. Substations are 4.56 miles apart. Each 
substation service area (shaded area) is 18 square miles, giving a peak load of 58.5 MW (65 MVA) at 
3.25 MW/mile” (3.61 MVA/mile” at 90% PF). 


Table 17.1 Characteristics of the Example T&D System 


Peak demand density of 3.25 MW/mile? (1.5 MW/sq. km) 
525 customers/mile” 6.19 kW/customer average peak 
90% power factor, for a peak load of 3.61 MVA/mile” 
Peak occurs annually as 42 periods of 3 hours each. 


Annual value of icad factor loss factor 
sub-transmission .63 A5 
substation 61 39 
feeder 37 34 
service A5 25 


Roads & property lines on a 440-foot (1/12 mile) gnd 


138 kV sub-transmission 
600 MCM ACSR, 220 MVA thermal capacity 


Substations hexagonally 4.56 miles apart (substation service areas 
of a nominal 18 square miles territory each) 
Substation peak load = 58.5 MW (65 MVA), period = two hours 
3 X28 MVA LTC, 138/12.47 kV autotransformers 
high-side ring bus 
low-side bus tie breakers 
12.47 kV primary distribution, all OH 
conductor: 636 MCM, 336 MCM, 4/0, #2 ACSR 
1113 MCM condcutor used for heavy trunk getaways 
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Important characteristics of this example system are given in Peak demand 
density is 3.25 MW per square mile, typical of the demand density one finds in the fully a 
developed sprawl that lies between the growing, peripheral regions of a large city and the 
dense downtown core. Power factor is 90%, giving a load of 3.61 MVA/ mile”. 

Substations are located 4.56 miles apart, arranged in a hexagonal pattern. Each has six 
neighboring substations, and serves 18 sq. mi., with a peak load of 58.5 MW (65 MVA). 
Substation capacity is 81 MVA (FOFA) utilizing three 17/22/27 MVA LTC transformers, 
giving an 80% utilization factor against_FOFA rating at peak conditions. High-side 
configuration uses a ring-bus arrangement (Figure 17.) Transformer and low-side portions 
of each substation have been laid out with transformer units consisting of a transformer, 
breaker and low-side bus, and three feeder breakers, as shown in Figure 17.2. There are no 
individual feeder voltage regulators in this system, but the transformer LTCs are used to 
maintain low-side bus voltage at constant levels. 

Sub-transmission circuits operating at 138 kV with H-frame, 2 x 477 MCM ACSR 
bundled conductor, and rated at 220 MVA, serve three substations each, for a peak load of 
195 MVA, as shown in[Figure 17.3} Each circuit “loops” an average of 25 miles between 
end points that feed from the high-voltage grid.' 

Served with power from both ends, this is equivalent to two 12.5 mile radial lines 
serving loads of 65 and 32 MVA at distances of 6.25 and 12.5 miles. 

Primary distribution in this example is all overhead, built on wood pole with crossarms 
(nine-foot spacing) where needed, with a conductor set including #2, 4/0, 336 MCM, and 
636 MCM conductor, along with 1113 MCM available for large ties.” Single-phase laterals 
are built with #2 and occasionally 4/0 wire. Feeder conductor economics are as discussed in 
rua aa with a linear economical range from 0 to 8.3 MW, an f, of $88,000 
and an s, of $45,250/MW-mile.” 

The nine feeders in each substation serve an average area of 2.0 square miles each, with 
an average peak load of 6.5 MW, almost exactly in the center of the economical range (5.1 
to 8.3 MW) for 636 MCM conductor as determined in Chapter 11 (and applicable to this 
example). The feeders run through a typical suburban/urban street grid, with a block 
spacing of 1/12 mile (440 feet, about 133 meters). The longest feeder run (assuming all 
feeders are routed the minimum possible distance through the street grid) is 3.4 miles, just 
above the minimum economical load reach for 12.47 kV, as computed in Chapters 11 and 
shows the distribution of line types for a typical feeder. 


' Although substations are located an average of 4.56 miles apart (Euclidean distance), sub- 
transmission lines cannot always follow shortest-distance routes, and in some cases "dog-leg" into 
substations, as discussed in In the system upon which this example is based, sub- 
transmission routes average 37% longer than line-of-sight distance between substations, about the 
best the author believes can be done, and the ratio used here. 


? The 1113 MCM conductor is used solely for its high (30 MW) thermal capacity and only for feeder 
getaway and line segments near the substation, where that high capacity provides switching 
flexibility — the ability to support three feeders during contingencies and to tolerate limited loop 
flows during “hot switching." 


3 The conductor economics in Chapter 11 were computed in MW, assuming a 90% power factor, as 
in this example. 
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incoming transmission 


we transmission lines 

—— distribution lines Fa closed breaker or switch 
[] transmission breaker [] open breaker or switch 
QO distribution breaker 


outgoing feeders 


Figure 17.2 Substation configuration in the example system includes a ring bus on the high side and 
three 27 MVA “transformer units,” each feeding three 12.47 kV feeders. 


Normal 
97 MVA—» 32 MVA—> << 32MVA ~<— 97 MVA 


V=10 V =.992 il | V= 1.0 
59 MVA 59 MVA 59 MVA 
Contingency <—65MVA ~<—130MVA ~«<— 195MVA 
mK a 
Vv =.967 || V =.973]| V = .984|| V= 1.0 


59 MVA 59 MVA 59 MVA 


With Grid Flows 
220 MVA— 155MVA—~ £SO0MVA —> 25MVA —> ; 


59 MVA 59 MVA 59 MVA 
De Seal 

Figure 17.3 Sub-transmission circuits in the example serve three substations each, with a peak 
demand of 175 MW (195 MVA) — (top). The worst-case contingency is the loss of either end segment 
(middle), in which case the three substations must be fed radially from the other end, with additional 
voltage drop reaching 2.5% above normal and line loadings reaching 90%. However, the worst 
voltage drop and highest line loadings will occur during times when the grid is using the line to 
transship power (bottom). 


Copyright © 2004 by Marcel Dekker, Inc. 


Distribution System Layout 619 


Miles of Conductor 


#2-1ph, #2 alo 336 636 4113 

Conductor Type 
Figure 17.4 Miles of line by type for a feeder in the example system. Of the 25.6 miles of 12.47 kV 
overhead route, 19.7 miles — over thre- quarters — are single-phase #2 lateral. Only slightly less than 
two miles are “big conductor” — 336, 636, or 1113 MCM. 


Feeders are laid out in a multi-branch configuration with all line types selected from the 
tables developed in Chapter 14, with three switchable zones per feeder, along the lines of 
and Layout includes the near-substation switching arrangements 
shown in with line segments built to support switching near the substation 
using 1113 MCM for added thermal contingency capacity. The three-zone scheme along 
with near-substation switching results in an average of 12 line switches per feeder. 

Each feeder serves an area of 2.0 square miles, with a total length of routing (including 
laterals) of 25.6 miles, for a feeder route-density of 12.8 miles per square mile, or 106 feet 
per acre served. Figure 17.4 shows the distribution of line types in every feeder. Of the 25.6 
miles of primary-voltage routing in each feeder, 19.66 miles - 77% — are single-phase #2. 
Only slightly more than 1.6 miles (less than 7%) are “big” conductor — 336, 636, or 1113 
MCM.* Were feeders laid out with a large trunk design instead of a multi-branch design, 
the results would be inconsequentially different — still over 19.5 miles of single-phase #2 
and less than two miles of large conductor. (Feeder system layout in this system will be 
discussed at greater length later in this section.) 


Performance of the Example System 
Capacity utilization 


Under circumstances where all equipment is functioning and there are no contingencies, 
sub-transmission segments are stressed by their substation delivery duties to a maximum of 
only 44% (97 MVA vs. 220 MVA capacity), with the average loading at peak running far 
less, at only 30% (65 MVA/220 MVA) (see top). However, such statistics give 
a deceptive view of loading and voltage drop at the substations, for two reasons. First, 
during sub-transmission contingencies (Figure 17.3 middle) the maximum loading on some 
sub-transmission segments will increase to nearly 90% of their thermal rating. Much more 
important, and expected to occur more often, are “loop” flows where these sub-transmission 
lines transship current for interconnected grid purposes (Figure 17.3, bottom). This is 
actually the “worst case” scenario from the standpoint of voltage at the high-side 
distribution substation buses, with worst-case voltage drop reaching 4.5%, one reason for 
the use of LTC transformers. 


4 Despite this, every feeder is fully capable of completely meeting contingency switching capabilities 
within range B criteria, as described in! and Figure 14.14. 


Copyright © 2004 by Marcel Dekker, Inc. 


620 


Table 17.2 Lowest Voltages in the Example System 


System Normal 

Level Low Med. High 
High-side bus .980 967 955 
Low-side bus 1.035 1.035 1.035 
Feeder ends 1.000 .900 965 


Table 17.3 Percent Losses in the Example System 


System At Peak 
Sub-transmission 1.0% 
Transformers 3.3% 
Feeder system 4.3% 
Total 8.6% 


Chapter 17 


Contingency 
Low Med. Hi 
986 .980 967 


1.035 1.035 1.040 
975 .960 950 


Annual Energy 


M% 
2.5% 
2.6% 
5.2% 


Table 17.4 Costs of Major Equipment Types in the Example System - $ x 1000 


Equipment Initial Annual 
Sub-transmission, per mile 223 4 
Substation site 1,355 14 
basic high-side (2 transf.) 850 18 
to support add’ nl. transf. 275 6 
per transformer “unit” 500 22 
Feeder system 
per mile of line 45-185 1-3 
switches, per feeder, (12) 185 7 


Table 17.5 Cost of a Complete Substation of the Example System - $ x 1000 


Equipment Initial O&M PW 
Sub-transmission, per sub. (8.3 mi.) 1,848 43 2,214 
Substation 3,980 104 4,876 
Feeder system 18,798 433 22,526 
Total = 24,626 580 29,615 
Cost per kW peak, dollars $421 $10 $509 


Losses PW Total 


81 695 2,909 
352 3,046 7,923 
338 = 3,085 25,611 
791 6,826 36,443 


$14 $117 $623 


Table 17.6 Cost of the Example System by Level — Percent* 


Equipment Initial PW 
Sub-transmission, per sub. (8.33 mi..) 8 8 
Substation 16 22 
Feeder system 76 70 

Total = 100 100 


* Does not include service level, see Chapter 19, [Table 19.5. 
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The high-side ring bus assures that all transformers in service at a substation will be fed 
from both incoming lines, regardless of any single outage. With all three transformers in 
service, loadings at peak load reach 80% of FOFA ratings. The voltage on the low side is 
maintained at 1.0 by load-tap changing, and energy losses are 3.3% (2 MVA). During 
contingencies at peak load with only two transformers in service, average transformer 
loading increases to 120% of FOFA. Low-side voltage still can be maintained at 1.0, but 
energy losses swell to 4.2%. 

As mentioned above, all feeders throughout this system have been laid out in a three- 
zone multi-branch configuration (see| Chapters 13} and with_all line segments sized 
according to the economic guideline principles in Chapter 12 (Table 12.2), with feeder 
getaway (from the substation to the first near-substation line switches) using 1113 MCM 
conductor. Segment loading at peak load, averaged over all line sections in the system, is 
only 36% of thermal rating. This low utilization is a result of the minimization of PW costs 
in conductor sizing (and fairly typical of systems where 30-year losses costs have been 
included in the PW evaluation). During contingencies, short sections of 636 MCM feeder 
getaways and branches will be loaded to as high as 87% of thermal rating at peak load, the 
highest feeder segment loading expected during normal or planned contingency situations. 


Voltage and losses 


able 17.2) gives per unit voltages at each level of the system under various normal and 
contingency conditions. [Table 17.3 shows percent peak and energy losses by level of the 
system. 


Cost of the example system 


Table 17.4|gives the unit costs for various elements used to build this example system. 
Costs are, as much as the author can determine, representative of the true construction and 


maintenance cost of each item.° gives the cost of the system on a per- “complete 
substation” basis, including: 8.3 miles of sub-transmission, the substation, and the entire 
nine-feeder system associated with it — basically everything in the T&D system required to 
take power from the grid and deliver it to the service level. 

Table 17.5 shows that the feeder system is by far the most expensive element of the 
“complete substation.” Total PW cost works out tc slightly more than $620/kW of 
delivered peak load or 1.3 cents per delivered kWh. Interestingly, if the cost of the feeder 
system is estimated with an f, of $88,000 and an s, of $45,250/MW-mile as developed in 
through 14, its total PW cost estimate is $25.25 million, within 1.5 % of its cost 
as computed in detail. 


Comments on the cost of the feeder system 


The feeder system in this example, as in most distribution systems, represents the bulk of 
the system cost: whether viewed as initial capital investment or total present worth, it is 
roughly two-thirds of the total. As such, it and its costs are the crucial elements of 
distribution cost. A thorough examination of feeder system cost is warranted in any attempt 
to understand power delivery cost and how it might be reduced. 


> As mentioned in (Chapters 5]and|6] construction costs used in planning differ greatly among utilities 
due to varying accounting practices (e.g., cost for a mile of new 12.47 kV three-phase OH feeder 
with 336 MCM conductor varies from $25,000 to $230,000). The value used here is $142,000, 
which is 93% (100% minus a profit margin) of what an outside contractor quoted to build such lines 
for the utility upon which this example is modeled. 
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The present worth of losses shown for the feeder system in $3.1 million, is 
only one-sixth of the construction cost of the feeder system ($18.7 million) and only 12% of 
the total feeder system cost (which includes O&M in addition to capital and losses). This 
small contribution by losses may seem surprising considering the discussion of conductor 
economics Chapter Th in which the PW of future electrical losses, at economical loading 
levels, was shown to be roughly equivalent to the construction cost of a feeder. However, 
the result obtained here, and in most systems, is actually not inconsistent with the 
conclusions of that chapter, for although cost of PW losses dominates feeder line-type 
selection economics, losses cost will be only a small portion of the cost of the resulting 
feeder system. 

Figure 17.5 shows the conductor economics for the line types used in this example: 
basically those used Chapters 11. Losses costs, which are responsible for any increase in 
cost over the Y-intercept for a line type, appear to dominate this diagram. For example, 
lines built with 336 MCM conductor — the middle of the five conductors in the #2-4/0-336- 
636-1113 set — have a construction cost of $142,000/mile, which with the PW of future 
non-variable O&M costs added, gives a Y-intercept of $173,000/mile. The PW of future 
losses costs at 5.1 MW annual peak load (the upper limit of this line type’s economical 
range) comes to $145,000 PW, roughly equal to its construction cost, and amounting to 
44% of the total PW cost for that type of conductor. The largest cost plotted — $1.2 million 
for delivering 17 MW with 1113 MCM conductor — is composed of 75% losses cost. 

But only a very small portion — less than 7% — of the example feeder system is built 
with heavily loaded, large conductor. The vast majority of line segments are of #2 single- 
and #2 three-phase segments with loads far less than 1 MW — in fact, there is twice as much 
length of single-phase #2 lateral carrying less than 25 kW (i.e., with only one service 
transformer downstream of it) than there is large conductor line carrying more than 1 MW. 
And for this smallest line type, losses costs represent only a small part of lifetime cost 
regardless of what its loading is. At its maximum recommended utilization — about .5 MW 
— only 20% of the total cost of #2 single-phase is due to losses. 


PW Cost - $ million 


o=- 9 We HW DN & © 


O1f23 4 5 6 7 8 9 10 12 14 16 18 20 22 
Peak Load - MW 


Figure 17.5 Conductor selection evaluation from Chapter 11 for the lines types used in the example 
system, evaluated at 90% power factor. 
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Table 17.7. Losses as a Percent of Total PW Cost, Percent Utilization in the 
System, and Percent Contribution to Total Feeder System Cost, by Line Type 


Line Losses - % of Utilization - % Contribution to 
Type its Total PW Cost of Feeder System Total Feeder Cost 
#2, 1 ph. 8% 77% 6.2% 
#2, 3 ph. 17% 15% 2.6% 
4/0 3 ph. 29% 2% 0.6% 
336 3 ph. 39% 2% 0.8% 
636 3 ph. 51% 4% 1.9% 
1113 3 ph. 30% 3% 0.1% 


Total losses cost, as a percent of total feedercost 12.05% 


Table 17.7, first column, shows the proportion that losses contribute to a feeder line 
type’s total PW cost, weighted by usage in the example system. For instance, as utilized in 
this system, #2 conductor single-phase lines average only 8% PW losses cost, because on 
average they are loaded to considerably less than their maximum economic limit. The 
second column in Table 17.7 shows the utilization of each line type in the system — for 
example #2 single-phase represents 77% of all feeder miles. Column three is the row 
product of the first two columns, and gives the contribution to total losses cost by each line 
type, showing where the 12% total losses cost comes from. Over half of the losses occur on 
the single-phase #2 laterals. Overall, this analysis highlights a very important aspect of 
distribution system layout in almost all systems: 


Table 17.8 shows total feeder system cost, again broken out by line type. Capital cost 
represents nearly three-quarters of total PW cost. And the capital cost for the smallest 
conductor type represents almost half (47.5%) of the total PW cost of the feeder system. 
Since the feeder system itself represents 76% of the totai capital cost of the T&D system, 
this means that construction of the smallest line type cumulatively represents over one-third 
of the capital cost of the entire power delivery system. This is a typical result, not one 
unique to this example system. 


Table 17.8 Breakdown of Feeder System Cost by Line Type and Cost 


Category 

Line Type Utilization Capital O&M Losses %of Total $ 
#2, 1 ph. 77% 47.5% 11.0% 6.2% 64.7% 
#2, 3 ph. 15% 14.2% 1.7% 2.6% 18.5% 
4/0 3 ph. 2% 2.4% 0.4% 0.6% 3.4% 
336 3 ph. 2% 2.7% 0.4% 0.8% 3.9% 
636 3 ph. 4% 6.1% 1.0% 1.6% 9.0% 
1113 3 ph. 3% 5% 0.1% 0.1% 0.6% 
TOTAL 100% 73.4% 14.6% 12.0% 100.0% 
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The capital cost of this smallest line type, at $80,000 per mile is the least the utility can 
spend to run primary voltage to a location. (With the PW cost of future O&M&T added, 
this cost is $88,000/mile, the f, value.) Nearly 20 miles of this is required in every feeder, 
making it a significant factor. Recall the point made in|Chapters 12 lowering the fixed 
cost of the smallest line type is the single biggest step to reducing not just feeder cost, but 
total cost. If this cost could be reduced by 15% — from $80,000/mile to $68,000 per mile — 
the savings would exceed the cost of the entire sub-transmission system. 

In fact, a reduction in capital cost for this example system could be effected by 
substituting #6 conductor for #2 in laterals and using slightly lighter poles and hardware 
throughout. Increased PW losses costs caused by the smaller conductor size’s higher 
resistance equal almost exactly the capital savings, so overall PW cost changes very little. 
Many utilities select to take the capital savings in exchange for the higher long-term cost, 
since the two are equal. However, reliability worsens for some utilities. (The utility upon 
whose system this example is based used #6 as a line type for overhead laterals until 1989, 
when reliability concerns dictated a change to #2 steel reinforced wire and heavier 
hardware. Experience at utilities that routinely face harsh winter storms has shown the 
lighter line hardware leads to a 16% higher service interruption rate. Since this line type 
represents over three-quarters of this such a cost-reduction measure would be considered 
unacceptable.) But the overall message of this analysis is clear: roughly a third of T&D 
delivery cost is due to the need to “run a wire” to every location. 


Table 17.9 Annual Failure Data for the Example System, 
Frequency in Events/Year and Duration in Minutes/Year 


Equipment Frequency Duration 
Gnid (source) .03 1 
Sub-trans. per mile O15 12 
High-side bus 02 36 
Transformer .033 72 
Low-side bus .038 36 
Feeder, lateral per mile. 48 3 
Feeder re-switching time, avg. 55 

Service 5 3 


Table 17.10 Annual Outage and Interruption Data for the 
Example System from Non-Catastrophic Causes, Frequency in 
Events/Year and Duration in Minutes/Y ear 


Equipment Frequency Duration 
No power, high-side .033 .03 
Insufficient transf. cap. .001 O1 
No power for low-side bus 045 15 
Feeder, at head of trunk 075 25 
Feeder, at end 1.65 65 
Avg. lateral 1.31 .90 
Service transf. 1.45 1.50 
Customer 1.52 L535 
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Outage and service reliability of the example system 


gives the inherent equipment reliabilities and “switch times” used in estimation 
of the service reliability for the example system. gives the resulting expected 
outage statistics on an annual basis at various levels of the system — the values shown in 
each row are for complete cessation of power delivery capability at a particular point in the 
system, and are not additive (example: if a low-side bus is out of service, its feeders can be 
switched to another bus so that although the bus is out of service, its feeders are not, etc.). 
Outages and the service interruptions that result shown in the tables exclude any that might 
be caused by major storms (defined as weather expected less often than once every 20 
years), such as a “direct hit” to the area by a hurricane, or a tornado, or natural catastrophes 
(earthquakes, floods). The resulting service reliability level, basically three interruptions 
and three hours interruption every two years, is typical of many North American utilities. 


Comparison of the Example and Actual Systems 


The example system is based on a portion of the T&D system serving the western suburban 
region of a large metropolitan area in the central United States, specifically a six-substation 
area and the sub-transmission feeding it and all distribution. The example system differs 
from the actual system in only four ways: 


1. The actual system has 523 MVA instead of 486 MVA of transformers: due to a 
change in standards in 1991, some units are 35 MVA rather than all 27 MVA. 


2. Actual feeder routing is 7% more than in this example. The actual system world 
has an unusually high number of barriers to routing (cemeteries, parks); the 
example is closer to average in this respect. 


3. Length of laterals in the actual system is 9.5% less than in the example system, 
because the distribution system does not have to reach into cemeteries, parks, etc. 


4. Actual SAIDI is 24 minutes more than in the example (the actual utility does not 
have a fully computerized outage management system (OMS) as assumed here). 


17.3 DESIGN INTERRELATIONSHIPS 
Introduction 


This section examines how the cost, electrical performance, and reliability of the example 
system change as the characteristics of its layout, equipment, and spacing are changed. 


Substation Size and Spacing 


The set of substation service areas for a T&D system must “tile” the utility service territory, 
covering all locations where there is any demand, and each substation must have sufficient 
capacity to serve the load in its service area. As the distance between substations — the 
substation spacing — is increased, fewer substations are needed, but the average substation 
service area becomes larger, and substations will need a greater individual capacity to serve 
their loads. For instance, the example system described in section 17.2 has six substations 
serving an area of 108 square miles, evenly spaced in a hexagonal pattern 4.56 miles apart. 
Each serves 18 square miles with a peak load of 58.5 MW (65 MVA), with 81 MVA 
capacity, for an 80% utilization rating. If the capacity of each substation were doubled, to 
162 MVA, each could serve twice the area — 36 square miles — and only half as many 
substations would be needed. 
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Area, and load, increase with the square of the spacing, so doubling the capacity and 
area served will result in an increase of 41% in permissible substation spacing, in this case 
from 4.56 to 6.45 miles. Doubling the spacing, to 9.12 miles, would require construction of 
substations with four times the capacity, or 324 MVA each, but on average only one-fourth 
as many would be needed. 


Interactions and Impacts of changing substation size 


One way to change the capacity of the substations in a system is to vary the number of 
transformers of a standard size used in each. For example, if each substation in the example 
system were composed of two 27 MVA transformers instead of three, each would have a 
capacity of 54 MVA and each would be able to serve a peak load of 43.2 MVA (39 MW) at 
80% FOFA, equivalent to 10.8 square miles of service area. Average spacing would be 3.72 
miles. Nine substations would be needed instead of the original six. If substations were 
composed of four transformers — capacity of 108 MVA — each would be able to serve a 
peak load of 86.5 MVA (78 MW) at 80% FOFA, equivalent to an area of 20.75 square 
miles, or a spacing of 5.26 miles. 

Another option for varying the capacity and hence the potential service area of a 
substation is to vary the size of the transformers while keeping their number constant. For 
example, rather than increase the number of 27 MVA transformers at each substation from 
three to six in order to double capacity, every transformer could be doubled to 54 MVA, 
resulting in 162 MVA capacity and the same ability to handle a peak load of 117 MVA ata 
spacing of 6.44 miles as a substation composed of six 27 MVA units. 


Cost impacts of changing substation size 


The cost of any level is lower if larger transformers are used to attain a capacity figure. 
§ compares total cost for substations of various capacities, all variations on the 3 
x 27 MVA substation used in the example system. Cost per MVA drops in both cases as 
substation size is increased, but it decreases more if transformer size, rather than the number 
of transformers, is increased. When capacity of a 3 x 27 MVA substation is further 
augmented by adding one, two, or three transformers of a constant size, the incremental 
capacity cost for each additional increment is constant — using the numbers shown in 
each additional 27 MVA of capacity in this example costs an additional $775,000. 
Cost per MVA drops with each increment because these additions are spread over the fixed 
site cost of $1,730. Thus, while the 3 x 27 MVA substations in the example system cost 
$49,000 per MVA, a 6 x 27 MVA substation would cost only $39,000 per MVA. 

But a three-transformer, 162 MVA substation would cost even less. The installed cost of 
a 54 MVA transformer is almost always substantially less than twice that of a 27 MVA 
transformer, so that even a larger savings is effected by increasing capacity to 162 MVA by 
using three 54 MVA transformers instead of six 27 MVA units. The installation “cost” of a 
transformer includes more than just the transformer itself — it includes the foundations, spill 
containment, fire prevention, labor, breakers and buswork, and all other items associated 
with putting the unit into service, some of which have a cost that is almost proportional to 
transformer capacity and others which change little if at all as capacity is changed. Some 
elements increase in cost roughly in proportion to capacity, others change very little. The 
value used here represents the author’s experience that transformer cost varies as the .8 root 
of capacity; doubling capacity increases cost by about 74%. (This rule-of-thumb refers to 
total installed capital cost for units of otherwise identical specification, and assumes no 
special requirements must be met such as high impedance, small footprint, etc.) Thus, a 
54 MVA transformer, installed, would cost $1,350,000 rather than the $1,550,000 cost of 
two 27 MVA units. 
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Figure 17.6 Cost per MW served for substations in the example system, as a function of capacity 
and spacing for three-transformer substations (dotted line) built with transformers of various size, and 
for substations built with units 27 MVA only (solid line). 


As a result, 3 x 54 MVA substation would cost $5,705,000, or only $35,200/MVA, 11% 
less than a 6 x 27 MVA substation. Figure 17.6 shows the cost for substations of various 
capacity, built from various numbers of 27 MVA units (solid line) and the cost for building 
them with three similar units (whatever size) at a substation. 


Reliability impacts of changing substation size 


Reliabilit: of service is little changed if capacity and spacing is scaled up or dewn by 
changing the size of the transformers in a substation whose layout and configuration is 
otherwise the same. In such cases — assuming reliability of the equipment itself does not 
change with size or capacity and that utilization levels are kept constant — frequency and 
duration of outages as experienced by the customers remain unchanged. 

Changing the number of transformers to vary capacity, however, has a more complex 
impact on reliability. As discussed in|Chapter 16} the number of transformers installed at a 
substation and the configuration for their support have a great influence on the resulting 
reliability. Using the values in if a substation had only one transformer (of 
whatever capacity was needed to serve its peak load), that transformer would be expected to 
fail unexpectedly about once every 30 years, requiring an average of 72 hours to repair or 
replace — for an average annual expectation of 144 minutes (2.4 hours). In addition, service 
would have to be interrupted infrequently to do maintenance that could not be done while 
the transformer was energized, although conceivably this could be covered by switching 
feeders to another substation or use of a mobile substation during those brief times. 

With two transformers at the substation, the expectation of both being out of service due 
to simultaneous and unrelated failures is very small — less than a minute per year. The 
greatest risk of complete transformer outage is that one transformer fails unexpectedly 
while the other is out of service for scheduled maintenance, and that expectation depends on 
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how carefully maintenance is scheduled and on how well the transformer to be left in 
service is diagnosed before the other is de-energized for maintenance. Given the values 
shown in a two-transformer substation would have an expectation of one 
transformer failing unexpectedly once every 15 years and an annual expectation of about 
4.8 hours per year with one transformer out of service.° 

With the loading levels used in this example, transformer outages at a two-transformer 
substation during peak conditions put nominal levels of stress on the remaining transformer 
(loadings to 160% of FOFA). While such loadings are tolerable for brief periods, they are 
not recommended as a major (multi-day) contingency support plan system-wide. Failures 
and inability to serve the load will result from widespread and prolonged use of this 
approach for contingency support. Assuming the likelihood of failure is evenly distributed 
throughout the year (it isn’t, transformers are more likely to fail during summer and in peak 
periods, but this assumption is a great aid in computing expected reliability) and that peak 
periods occur only during one season, this 4.8-hour period represents about 1.2 hours (72 
minutes) of expected inability to serve the load annually. 

Adding a third transformer at a substation changes the situation further in two ways: (1) 
there are more transformers, so that the likelihood of there being one out of service 
increases and (2) each transformer represents less of the substation’s capacity so that such 
situations present much less stress on the remaining units. As a result, as planned capacity 
of a substation is increased by addition of transformers, the expected availability of 
sufficient power available at the substation changes, too. 


Feeder switching used during transformer contingencies at peak 


As noted in Chapter 10, paralleling substation transformers is not recommended 
unless considerable care has been taken and appropriate monitoring and control 
equipment is in place. When one transformer in a three-transformer substation fails, the 
substation has sufficient capacity in the remaining two transformers to serve peak load, but 
both can share in the burden only if they are paralleled (i.e., by tying all three low-side 
buses together). Since this is not a recommended step, the contingency plan in the example 
system is to immediately transfer the low-side bus of a failed transformer to one of its two 
neighbors. If the transformer failure occurred during off-peak conditions, when loads are far 
below peak levels, then there is no problem with this one transformer picking up all the toad 
normally served by two.’ 

However, if the transformer failure occurred during a peak load period, the low-side bus 
is transferred to one of the two transformers remaining in service, and then feeder switching 
is used to immediately shift one of the outaged transformer's three feeders to the other 
transformer still in service. This shifts the burden of loading during the contingency from 
160% on one transformer and 80% (i.e., normal) on the other to a 134%/106% split. 
Although usually a line crew has to be dispatched to do such feeder switching manually, if 
contingency plans for such situations are prepared in advance, the switching can be done 
within a reasonable time ~ one-half hour — long before serious transformer overheating 
occurs. 


® This is an annual expectation, and as such is subject to all the usual caveats about probabilistic 
analysis. Failed transformers are expected to fail once ever 30 years and require 72 hours to repair 
(Table 17.9). A simple but good way to interpret the 4.8 hour expectation per substation is: if a 
system has 15 substations of this type, one can expect one 72-hour incident per year (72 hours/15 
substations = 4.8 hours per substation). 


7 For this reason, maintenance is done at such off-peak times so that this can be done. 
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Table 17.11 Expected Service Interruptions Due to 
Transformers in the Example System as a Function of the 
Number of Transformers at an 81 MVA Substation 


Number of Interruptions Duration 


Transformers per year hours/year 
1 033 25 

2 035 1.3 

3 045 18 

4 045 16 

5 .046 14 

6 047 13 


An assumption used throughout this section is that such feeder transfers are done with near- 
substation feeder switching and done "cold" — the feeder to be transferred is first isolated 
from its current feed before it is switched to the other feed — causing another interruption 
event for the customers it serves.* 


Reliability as a function of number of transformers 


Table 17.11 shows the resulting service interruption statistics expected due to transformer 
failures in the example system. As a result of the feeder switching discussed above, the 
frequency of interruption due to transformer failures increases slightly as the number of 
transformers at a substation is increased as shown. Were it not for that switching, frequency 
of interruption (due to transformer failures) would be constant. A single large transformer 
serving all the load might fail only once in 30 years, but its outage impacts all customers. 
Use of two transformers, each half the capacity but otherwise similar, will mean two 
transformer failures expected in the same period, but as each serves only half the customers, 
the interruptions per customer work out to be the same — the expected interruptions per 
customer due to transformer failures remain constant as more transformers are introduced. 
The cold switching of feeders affects only a portion of customers and only has to be done 
under peak conditions. As a result it makes but a minor change in this otherwise constant 
value. 

The duration of expected service interruptions drops as more transformers are added. 
With one transformer per substation, average expected duration is 2.4 hours/year. With two 
at each substation, the duration of service interruptions drops to about 1.2 hours/year. Three 
or more transformers mean that expected contingency loadings when any one is out of 
service are at acceptable levels even at peak, so that the only expected duration of 
interruption is from switching — with low-side bus-tie breakers in place this is a matter of 
seconds. If feeder-switching must be done, it adds a very slight amount. 

Table 17.11 was produced with a computerized reliability assessment program that takes 
into account several secondary and tertiary effects not discussed here, including both the 
likelihood of failures of one or more operating transformers during the scheduled 


® Such switching is assumed done with near-substation switches, so that line impedance and load 
between the low-side buses and the switch locations will be small. Hot switching would mean tying 
one transformer that is very heavily overloaded to one that is not, via a feeder switch. Without 
special study to assure conditions will not cause high circulating currents, this is not a prudent 
operation to carry out. 
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Table 17.12 Marginal Cost of Reliability Gained or Lost by Using N Transformers of 
27 MVA Capacity Versus 3 Transformers of (N*27)/3) MVA, as a Function of the 
Capacity Installed at a Distribution Substation $x 1000 


Capacity Cost of Sub with Num. ACost/ Minutes ACost/ 
MVA _ Three transf. NxX27MVA custs. cust. inter/yr. cust.-min. 
ee $2,935 $2,555 3,150 $121 153 $ .86 
54 $3,600 $3,205 6,300 $63 80 $ .92 
81 $3,980 $3,980 9,450 - 11 - 
108 $4,555 $4,755 12,600 $16 9.6 $11 
135 $5,130 $5,530 15,750 $25 8.4 $21 
162 $5,705 $6,305 18,900 $32 1 $36 


maintenance outage of another at a substation, the switching time at the feeder level when 
that is necessary to restore service, the probability of failure of switches, and the actual 
8760 hour peak load curve shape. 

Table 17.12 shows the marginal cost of reliability as a function of number of 
transformers. Here, the cost of either 3 x X MVA or N x 27 MVA substations is shown, 
along with the difference in their reliabilities (duration of interruptions) and cost, and the 
incremental cost of reliability computed as $/customer/minute of improvement. The last 
column shows that building a two- or a three-transformer substation rather than a one- 
transformer substation yields a cost/customer-minute of less than $1, whereas adding 
additional transformers beyond three costs $11 or more per customer-minute of 
improvement. 


Summary of substation size and spacing interactions 


The tables and figures given here illustrate the qualitative behavior of reliability versus cost 
versus number of substation transformers in most power systems. The quantitative results 
shown are not generalizable. For example, with sore types of substation configuration, the 
"break" in marginal reliability cost, where adding transformers improves reliability only by 
a very small amount, occurs at two or at four transformers, not three as in this example. As 
the size (MVA capacity) of the substations used in a power system is increased, fewer are 
needed and the spacing between them can be greater. In general: 


Doubling substation size will increase the spacing by /2 , and only half 
as many substations will be required. 


Substation cost/customer decreases roughly in proportion to the square 
root of size. 


Substation reliability remains constant or improves slightly as size is 
increased, depending on how substations are configured. 


Sub-Transmission Cost Versus Substation Size and Spacing 


Suppose substations in the example system plan were halved in capacity, peak load, and 
service area. Then the sub-transmission system would have to deliver half as much power 
to each of twice as many points, spaced an average of only 71% as far apart. 
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Figure 17.7 Sub-transmission line to four substations takes a somewhat more circuitous route and 
serves slightly fewer MW. As a result both cost and service interruption rate increase over the base 
three-substation per circuit case. 


shows one example of how this could be accomplished. Basically, the same 138 kV circuit 
that previously fed three substations of 65 MVA peak (195 MVA) now serves four 
substations of 43.3 MVA peak (173.3 MVA). 

In practice, route length for this application will be slightly greater than for delivery to 
three substations — roughly 28 miles instead of 25, covering four instead of three 
substations. Cost per kW rises slightly as shown in Table 17.13, from $49.7/kW PW to 
$60.3/kW PW. Reliability would fall slightly, basically due to the fact that there is more 
exposure (longer line/MW served) and more substations, buswork, and breakers in line to 
cause potential problems. 

Table 17.13 shows values computed for several size substation layouts. 
shows the economy (cos/MW) of sub-transmission as a function of substation spacing and 
capacity, for several popular sub-transmission voltage levels, as computed for this particulai 
example system. The particular costs and curve shapes given in the figure are specific to 
this example, and in addition depend on the type of transmission grid and grid-level layout 
guidelines being used. However, the general qualitative behavior shown is characteristic of 
most systems. 


Table 17.13 Comparison of Sub-Transmission System Costs and Reliability on a 
per MW Basis for Substations of Various Size 


Spacing Load Cost ($ X 10°) Cost/kW (Dollars) Serv. Inter. per Yr. 
Miles MW Initial PW Init/MW PW/MW Freq. Duration 


3.72 39.0 $1.50  $.034 $38 $60 041 04 
4.56 58.5 $1.84  $.043 $31 $50 .033 .03 
5.26 78.0 $2.07 $.048 $27 $42 .031 .03 
8.84 220. $4.88  $.113 $22 $35 .028 .03 
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Cost/MW - $ x 1000 
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Figure 17.8 Cost per MW of the sub-transmission necessary to feed distribution substations, as a 
function of substation size in the example system, evaluated for several popular sub-transmission 
voltages, shows that each voltage level has a range over which it is best suited to application. 
Assuming planners have selection of the most appropriate voltage to use in sub-transmission 
application (not always a good assumption), available cost versus size is represented by the heavy 
dotted line. Overall, sub-transmission cost per MW decreases as substation size is increased. 


54 MVA 
10.4 sq. mi. 


Five Miles @ substation 


Figure 17.9 A reduction in substation size from 81 to 54 MVA, with all other aspects of the system 
held the same, results in a 33% reduction in substation service area size (to 12 square miles) and a 
19% reduction in the required reach of the feeder system. 


Table 17.14 Comparison of Feeder System Costs on a per MW Basis for 
Substations of 4.56 and 3.72 Miles Spacing 


Spacing Load Costs $x 1,000,0000 Cost/kW (Dollars) 
Miles MW Initial O&M/Yr. Losses/Yr. PW Init/MW PW/MW 


4.56 58.5 $18.8 $.43 $.36 $25.6 $321 $438 
3.70 39.0 $12.2 $.28 $.22 $16.2 $311 $415 
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Substation Spacing and Feeder System Interaction 


Suppose the substations in the example system plan are reduced in size, to 54 MVA (two 
transformers), each serving a peak load of 43.3 MVA. Each now serves only 66% as much 
area, and the feeder system emanating from it must distribute only 66% as much load. 
shows the result from the feeder perspective. At 81 MVA, substations each 
cover 15.6 square miles and the substation spacing is 4.56 miles, meaning the distribution 
system must reach 2.28 miles (Euclidean) between substations, which gives a maximum 
primary feeder reach requirement (through a street grid) of about 3.33 miles. At 54 MVA, 
substation spacing will be only 3.72 miles, and the maximum feeder reach required drops 
correspondingly to 2.7 miles. 

With the substations closer together, trunk feeders can be shorter. More important, the 
average distance that power has to be moved by the distribution system decreases by 19%. 
When substations were 81 MVA and spaced 4.56 miles apart, the feeder system had to 
move power an average of 1.8 miles to deliver it from substation to customer service 
transformer. At 54 MVA, each substation serves a smaller area, and the average distance 
power must be moved drops to 1.5 miles — the feeder system has to perform fewer MW- 
miles of power transportation 

The feeder system associated with each 54 MVA substation has an initial cost of $12.2 
million and a PW cost of $16.2 million, considerably less than that shown for the 81 MVA 
substations of the original example system layout {Table 17.5), but the feeder system 
represented there serves 58.5 MW, whereas this reduced substation serves only 39 MVA. 
compares the two feeder systems on a per-MW basis. Initial cost drops by 
3.1%, and present worth cost falls by 5.2% as substation size is reduced 33%. Present worth 
cost falls more than initial cost because losses/kW served, which are quite sensitive to the 
distance power is moved, drop by nearly 10%. 

The savings in feeder costs amount to $10/kW served, not enough to overcome the 
increase in cost/kW for the substations involved: the 54 MVA substations ($3.21 million, 
$82/kW served) cost about $14/kW more than the 81 MVA substations ($3.98 million, 
$68/kW). Thus, although reducing substation size cuts the overall cost of the feeder system, 
the combined substation-feeder cost is higher than for three-transformer subsiations. 


Interaction of substation spacing and feeder cost 


The average distance power had to be moved dropped by 19% when substations were 
reduced in size from 81 MVA to 54 MVA (average distance power must be moved, like 
substation spacing, is related to the square root of substation size). Yet initial and present 
worth costs of the feeder system drop by only 3% and 5%, respectively. There are two 
useful ways to view this relationship. 


Circuit basis 


The first perspective for feeder system cost analysis is that regardless of substation sizes, 
locations, and capacities, the feeder system must "reach everywhere” — the electric utility 
must run at least its smallest size lateral down nearly every street or block, reaching every 
service transformer location. Reducing substation area size and feeder distance does 
nothing to reduce this requirement. provides enough information to estimate the 
overall savings. Note that 77% of the feeder system consists of laterals of the smallest-size 
lines, representing 64.7% (47.5/73.4) of the initial cost. If 100% of the feeder were this line 
type, its cost would be only 64.7/77% = 84% of its actual cost. Taking this value, 84%, as 
the "cost of running a minimum wire to every location" leaves the remaining 16% as the 
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only portion affected by the reduction in feeder size and distance. The closer spacing 
reduced the needs for this portion by about 19%, thus 


Predicted capital savings = reduction in required distance (17.1) 
x non-minimum portion of cost 


19 x 16% = 3.04% 
This estimate is in the range of total cost change shown in |Table 17.14, 


Area-approximation basis 


The approximate formulae developed in.|Chapter 15] (equations 15.1-15.3) to estimate 
feeder system PW cost can be re-written in terms of the total length of routes that must be 


built, F, and the average distance power must be moved from substation to customer, d,: 
Cost =f,xF+ s,xLxd, (17.2) 


The term d,, the average distance power is shipped in a triangular feeder service area with 
routing constrained to a rectangular street grid, is .55 times the sum of the maximum X and 
Y distances from substation to the end of a feeder, which in a hexagonal substation service 
area are equal to .5 and .25 the substation spacing, d,., respectively (max X is equal to the 
"radius" of the hexagon — length of one side).” Thus, 


Cost =f, x F+s,x Lx .4125 xd, (17.3) 


and given that L = load = AxM, and F = total feeder length = A xr, then A = L/M, and F 
= L/M xr, thus 


Cost =L~x (f,xr/M+s, x .4125d,,) (17.4) 
Setting L = | to put the results on a per MW basis gives 

Cost =f, x r/M +s, x .4125d,, (17.5) 

where: 

f, is the fixed cost at voitage v ($88,000) 

s, is the slope of the cost in the linear range ($45,250) 

F is the total length of feeder routing 

d,, is the average distance between substations 

A = area served 

L = load served 

M = load density, 3.25 MW/mile” 

r = feeder route density (12.8 miles/mile*) 


The terms f,, sy, r, and M are invariant among the two cases: 


° This approximation works fairly well for any service area shapes that are vaguely hexagonal, for 
circular service areas the ".55" term becomes .50, and for square service areas, the average distance 
is best computed as .55 x (max X + max Y). 
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Cost at 81 MVA (at 4.65 miles) = $88,000 x 14.8/3.25 + $18,550 x 4.56 
= $346,585 + $84,588 
= $431,170 per MW served 


Cost at 54 MVA (at 3.72 miles) = $88,000 x 12.8/3.25 + $18,660 x 3.72 
= $346,585 + $69,415 
= $416,000 per MW served 


for a calculated difference in PW cost of $15,170, or 3.5%. These values correspond well 
with those shown in the rightmost column of |Table 17.13, too. 


Generally applicable feeder cost approximations 


Equations 17.1-17.5 serve as useful approximations for estimating the impact of other 
changes in the feeder system, and will be used throughout this chapter and in several other 
parts of this book. They are applicable only when: 


e All feeder loadings are within the voltage level's economical linear 
range. 


e All line segments are sized for maximum economy in the manner 


discussed in [Chapter 11 


e No power is shipped beyond the economical load reach of the 
voltage level. 


e No significant geographic barriers to feeder routing exist in the area 
being studied. 


These conditions mean that the formula provides an estimate of the lowest possible PW 
cost — it provides an estimate of the lower bound on possible feeder system cost. Planners 
should bear this and the formula’s approximate nature in mind — wide dissemination of cost 
estimates based on this formula could put an unreasonable expectation in the minds of 
management and co-workers. On the other hand, the formula is very useful for quickly 
evaluating alternative plans. 

The formula itself, 


Cost =Lx (f,xr/M+s, x .4125d,,.) (17.6) 


has two basic terms, that related to fixed cost and that related to the variable cost of the 
feeder system. 

Fixed cost depends on the fixed cost, f,, for the feeder voltage level, the feeder route 
density (how many miles of lateral the utility has to build, per square mile, to reach the 
customer locations), and inversely on the load density — higher load density spreads that 
fixed cost over a larger base of usage, reducing it on a per-MW basis. Alternately, since 
L/M = area served, the equation establishes that the fixed cost is basically invariant with 
load — as discussed earlier, the utility is "stuck" with the cost of having to reach every 
location, which means at least the f,, fixed cost. 

Variable cost, on a per MW basis, depends only on the slope of the cost curve for the 
voltage, system geometry (here embodied in the .4125 term applicable to most feeder 
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systems), and the distance between substations. The important points here are that if 
loadings can be kept in the economical linear range, there is no economy or dis-economy of 
scale in moving power through a feeder system. If the amount of power moved is doubled, 
the variable cost doubles; if the distance it is moved is doubled, the variable cost doubles, 
too. 


Running out of economical reach 


As substation spacing is further reduced from the 3.72 miles in the foregoing example, 
feeder system cost continues to drop slowly, toward a minimum of $347,000 per MW — 
which is basically the minimum, fixed PW cost of building a feeder system to reach the 
customer locations. Cost estimates for substation spacings between O and 4.56 miles can be 
based on equation 17.4. However, for spacing beyond 4.56 miles, the equation is not 
applicable, because the required load reach exceeds that available for 12.47 kV. As noted in 
and {12} under the conditions as evaluated here, 12.47 kV has a minimum 
economical load reach of about 3.3 miles. Since the required reach for feeders in a 
distribution system will be roughly .75 times the substation spacing (Figure 17.10), at 4.56 
miles between substations, this requires 


Required reach = substation spacing x .75 (17.7) 
= 3.4 mile 


The example system, with a spacing of 4.56 miles, is actually slightly over this limit. It can 
"get by” with few operational problems and provide acceptable service quality because not 
all segments in a feeder system designed with the economical loading method presented in 
Chapter 11 will be loaded to the maximum end of their economical linear range. In 
particular, most of the #2 laterals in this or nearly any feeder system are loaded far below 
the upper end of their economical range, voltage drop is less than at the top of their 
economical range, and consequently the feeder system should be able to reach appreciably 
farther, on average. However, the analysis and conductor selection method developed in 
Chapter 11 assumes balanced loadings, something that never occurs completely on any one 


= 


Figure 17.10 Maximum distance a feeder has to reach through a rectangular grid in a hexagonal 
substation service area is one and one-half times the "hexagonal radius, d, or .75 times the substation 
spacing, as shown. 
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segment of a distribution system. Imbalance contributes to slightly higher voltage drop. 
Overall, however, planners can count on a small extra margin of reach (5% is a good rule of 
thumb) being available. Thus, 


"Rule of thumb maximum spacing” = 1.05/.75 x feeder reach (17.8) 
= 14x 3.3 miles 
= 4.62 miles 


This means that the example system, with 81 MVA substations and 4.56 mile spacing 
is at the extreme end of economical application of 12.47 kV. As a result, it will exhibit 
occasional, isolated voltage drop and voltage regulation problems, and any significant 
load growth will lead to voltage drop and regulation problems requiring line regulators 
and conductor reinforcement. If however the substation spacing is increased, then voltage 
drop and voltage regulation problems will no longer be occasional, or isolated — they will 
become quite widespread. 

When spacing goes beyond the maximum recommended for a voltage level by equation 
17.6, line segments have to be used at less than their economical loading (see 
in Chapter 12). Variable cost of the 
conductor set rises, and a new s,, computed on the basis of the increased reach required, can 
be found by working backward from the distance that must be reached by the feeder 
system. At six miles reach, s, is $57/kW-mile, at nine miles, $68/kW-mile, versus $45/kW- 
mile at 3.3 miles or less 

However, the increased slope is not the only factor that must be taken into account or 
the only reason cost rises as spacing increases beyond the economical reach of the 
conductor set. At a reach of 9 miles, 636 MCM line can move only 2.83 MVA, and 1113 
MC only 3.45 MVA. Thus, any configuration that calls for more than 3.45 MVA to be 
routed along a single trunk or branch must be modified. Trunks and main branches have to 
be split into two (or at even longer reaches, three) paths. 

For example, one 6.5 MVA feeder trunk in the normal system would have to be split 
into two 3.25 MVA trunks. Even single-trunk layouts have to be modified to become multi- 
branch, and multi-branch configurations can evolve to five or six equal branches. 
Additional miles of line have to be built for these branches that split the routing duty of 
power — sometimes branches can be double-circuited but usually this requires new 
routes/easements. The fixed cost of these lines is not included in any computation of 
equation 17.4, even if done with a revised s,. 

Basically, the term r in the equation expands as the load reach is greatly exceeded by the 
need to move power. Such requirements begin to happen at a reach that is about (8.3 
MVA/6.5 MVA) = 1.28 times the maximum economical reach, equivalent to a substation 
spacing of about 5.82 miles. (The normal economical range at 12.47 kV extends to 8.3 
MVA at peak. Feeder peak loads are expected to be 6.5 MVA. Voltage drop varies with 
loading, thus the ratio 8.3/6.5.) As reach requirements grow beyond that, more and more 
distance of routing must be added (r increases more), further adding to cost. The greater 
reach is contributing to greater inefficiency. The system really needs a higher primary 
voltage, although this is usually an option not available to the planners. 

shows the overall cost per MW of a feeder system as a function of 
substation spacing and substation capacity, taking into account both the increase in s, 
beginning at 4.6 miles and the additional route length needed at 5.8 miles and beyond. 
Overall, cost per MW rises linearly up to 4.6 miles spacing, at which point it begins to 
increase exponentially. 


Copyright © 2004 by Marcel Dekker, Inc. 


638 Chapter 17 


800) 


600 


Cost/MW -$ x 1000 
aon 
fl  ] 


45 
400 
35 
300 
0 
0 1 2 3 4 5 6 7 8 9 10 11 12 
Substation Spacing - Miles 
0 12 25 50 100 200 300 400 500 560 


Substation Capacity -MVA 


Figure 17.11 Cost of the feeder system on a per MW basis increases linearly up to the maximum 
economical reach of the primary voltage being used, then increases exponentially. Shown here is the 


cost per MW of a 12.47 kV feeder system built from the conductor set covered in|Chapter 11)and used 
in the example system in this chapter. 


Feeder system service reliability and substation spacing 


The basic, potential service reliability provided by the feeder system that a planner can 
expect with equivalent levels of protective coordination and sectionalization on the feeders 
varies as a function of substation spacing. How it changes depends on how the feeder 
system layout is changed as substation service area is changed. If the size and area served of 
feeders is kept the same, and the feeder system simply scaled up in number of feeders as 
substations are made larger, then little if any impact results. For example, if a 162 MVA 
substation is created with six (27 MVA transformers + 3 feeder) "units" — basically a 
substation with twice the equipment shown in[Figure 17.2| then feeders will serve about 
1.73 square miles and 6.5 MVA peak load each, as in the base case. Reliability will be 
similar to that given for the base system and service interruption rate (due to 
causes on the feeder system) does not vary with substation size). 

However, if the feeders also are scaled up as substation size is increased, then expected 
service interruptions do change. For example, if the 162 MVA substation is composed of 
only nine feeders, each serving 3.47 square miles and 13 MVA peak load, then service 
interruption levels rise, because every customer is now served by more miles of exposure. 

In general, service reliability increases proportional to the square root of feeder service 
area size. Thus, if the number of feeders is kept constant — they are scaled in size as the 
substation is — then service interruptions are proportional to substation spacing — double the 
spacing, double the interruptions. rable 17-19 shows the resultant feeder level service 


interruption statistics. 
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Table 17.15 Annual Expected Interruption Rates Due to Feeder-Level Causes 


for the Example System as a Function of Substation Size 


Spacing Sub.Cap Number of Nine feeders Feeders = 6.5 MW 
miles MVA _ customers Freq. Hours Freq. _Hours 
2.63 27 3,150 0.35 0.43 0.61 0.75 
3.72 54 6,300 0.50 061 0.61 0.75 
4.56 81 9,450 0.61 0.75 0.61 0.75 
5.27 108 12,600 0.70 0.87 0.61 0.75 
5.89 135 15,750 0.79 0.97 0.61 0.75 
6.45 162 18,900 0.86 1.06 0.61 0.75 


Table 17.16 Present Worth Cost per MW Served of the Example T&D System 


as a Function of Substation Size and Spacing 


Spacing Sub. Cap 
MVA 


miles 
2.63 
3.72 
4.56 
5.27 
5.89 
6.45 


Table 17.17 Expected Service Interruption for the Example System as a 


27 
54 
81 
108 
135 
162 


Peak 
MW 
19.5 
39.0 
58.5 
78.0 
97.5 
117.0 


Function of Substation Size 
Spacing Sub. Cap 
miles MVA 
2.63 27 
3.72 54 
4.56 81 
5.27 108 
5.89 135 
6.45 162 
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Number 
of custs. 
3,150 
6,300 
9,450 
12,600 
15,750 
18,900 


PW Cost per MW Served 
Subtr. Subst. Feeder Total 

48 200 397 645 

45 152 417 614 

42 135 434 611 

40 127 448 615 

39 122 464 625 

38 119 £479 636 


Number of 
customers 


3,150 
6,300 
9,450 
12,600 
15,750 
18,900 


Annual Interruption 

Freq. Hours 
1.45 3.75 
1.33 225 
1.50 1.50 
1.50 1.48 
1.51 1.45 
1.52 
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Figure 17.12 Cost per MW of the combined sub-transmission-substation-feeder system, as a function 
of substation size and spacing. Dotted line represents the cost, assuming that planners can choose the 
best sub-transmission voltage (dotted line in appropriate to the spacing. Solid line 
represents the cost with 138 kV sub-transmission. 
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Figure 17.13 Expected annual customer service interruption duration as a function of substation size 
and spacing. Solid line assumes substations are built with feeders of a standard size and peak load (6.5 
MVA). Dotted line assumes nine feeders (each 1/9 of substation load) per substation. 
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Composite Cost and Reliability of the Entire T&D 
System as a Function of Substation Size and Spacing 


able 17.16|and [Figure 17.12)summarize the cost of each of the levels of the system — sub- 
transmission, substation, and feeders. Table 17.17 and summarize service 


reliability. Costs are on a per MW basis as computed and discussed earlier in this section, 
and include: 


Sub-transmission — the lowest cost possible (best sub-transmission voltage) is used 
in every instance (dotted line in Figure 17.8) 

Substations — the lower of the costs for either a three transformer or an N x 27 MVA 
transformer substation from|Table 17.12 


Feeders — PW of the feeder system is estimated using equation 17.4. Figures 17.12 

and 17.13 show a minimum for both cost and service interruptions at about 4.56 

miles spacing (81 MVA substations), indicating that among the options considered 

and within the design constraints outlined for the example system, substation spacing 
and size is very close to best from both an economy and reliability standpoint.’ 


Design tradeoffs in T&D layout 


The optimal spacing of 4.56 miles results because it is the best compromise between 
"economies of scale” at the various levels of the interconnected system. At the sub- 
transmission and substation levels, there is a positive economy of scale with respect to 
substation spacing — increasing the size and spacing of substations brings a lower cost per 
MW of demand, as well as better reliability, because larger substations and sub- 
transmission lines cost less per MVA and have slightly better abilities to provide their own 
contingency support. The major contributor to this economy of scale is the substation level. 
Substations represent about 20% of the cost of the T&D system (Table 17.6}, and their cost 
per MW served drops by half as substation size is increased from 27 MW (2.63 mile 
spacing) to 162 MVA (6.45 mile spacing) — an amount that represents about 10% of the 
entire T&D system's cost. 

The feeder system has an opposite economy of scale. Larger substations, and the greater 
area that their feeder systems most serve, put a greater MW-mile burden on the power 
distribution system, which increases cost. This negative economy of scale behaves in a 
relatively mild manner compared to the cost behavior at the substation level — feeder cost 
per MW served increases by only 26% as substation spacing is increased from 2.63 miles to 
6.45 miles, whereas substation cost drops by half in that same increment. In addition, the 
greater feeder route distances required to accommodate wider substation spacing means 
more exposure of distribution to outages — so that reliability suffers slightly. 

But the feeder level represents 70% — nearly three times — the cost of the substation 
level, so that as substation spacing is increased beyond 4.56 miles, the dollar amount of cost 
increase at the feeder level exceeds that saved at the substation level. Feeder costs tend to 
dominate design tradeoffs in T&D systems. 


© This, of course, is no accident. The author's thinking is that if close to 50 pages are to be devoted to 
analysis of a T&D system, it might as well be an "optimal" one at that. More important, many of the 
rules of thumb developed here (such as "feeders represent about two-thirds to three-quarters of the 
total cost of a T&D system" and "feeder losses represent about 1/8 of the total PW cost of the feeder 
system") are based on economies that change as design is changed. It makes sense to develop 
examples and infer such generalities from good examples of T&D system design, as done here. 


Copyright © 2004 by Marcel Dekker, Inc. 


642 Chapter 17 


Optimum sysiem layout 


The overall result for cost behavior of the T&D system (Figure 17.12) is that there is a 
definite economy of scale in substation spacing up to an optimum — in this case in the 
vicinity of 4.56 miles spacing. However, cost behavior about this optimum is rather mild — 
cost per MW varies by only 2% over the range from 3.5 miles to 5.9 miles spacing (dotted 
line, Figure 17.12). This observation is not made to suggest that selecting and working to 
achieve the optimal spacing and layout is not important — 2% of the PW cost of one 
complete substation (over $36 million) is nearly three-quarters of a million dollars — 
sufficient to cover a distribution planner's salary for many years. 

Rather, this low rate change in economy with respect to spacing means that a T&D 
system, like the example system in this chapter (one whose layout guidelines have been 
well-selected and whose equipment types and design guidelines at all levels are appropriate 
to one another) will be relatively robust with respect to real-world practicalities. For 
example, "perfect" substation sites — just the ight amount of room, at just the right location, 
with just the needed access rights of way — simply don't exist in the real world. A good 
T&D system layout standard — like that of the example system in this chapter — can 
accommodate “sub-optimal” sites and rights of way or other similar constraints without 
exacting a heavy cost penalty. By selecting the optimal spacing of 4.56 miles and 
everything that it implies as the target layout for their system design, T&D planners know 
that they can vary their substation spacing by from 3.5 to 5.9 miles (a 52% range about 4.56 
miles) in accommodating such practicalities, with little impact on the overall economy of 
the resulting system. That is no accident - a T&D system whose layout is fixed in the 
manner done here both achieves overall economy and has flexibility. 

“Optimality” should be recognized for what it is, and what it isn't. The economy and 
reliability of the system described here will be best if substation spacing — and all that 
implies — is kept at about 4.56 miles. Practical considerations will intervene to reduce 
economy slightly, but a well-selected design target, as shown here, is robust and can 
achieve near-optimal results over a reasonably wide range of situations. 

It is important to note that the results given here apply only to the example system for 
which they have been computed. As will be shown later in this chapter, although such 
“optimality” is relatively insensitive to a host of factors such as the load dersity. it does 
change as conditions change and the figures and tables in this chapter cannot be used as 
general recommendations for all T&D systems. However, the methods used to analyze and 
determine the optimal structure of the system can be applied to all T&D systems. 


Effect of Changing Load Density 
on Cost and Substation Spacing 


Changes in the load density of a region have a complicated interaction with the cost of a 
proposed T&D system plan, an interaction best understood by examining how load density 
interacts with each of the components of the T&D cost. Suppose the load density in the 
example system were doubled, to 6.5 MW/mile” (7.22 MVA/mile’), while all other aspects 
of the distribution planning — the grid constraint on feeder routing, the local geography, the 
equipment to be used and its costs — remained constant. 


Effect of changing load density on substation cost 


When density is doubled, a substation whose capacity was previously sufficient to serve an 
X mile radius around it now can serve only an XM 2 radius. The same radius as before can 
be served by doubling substation capacity, either by doubling transformer size or installing 


twice as many transformers and associated equipment. As shown in| Figure 17.14} the 
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Load Density Interaction with Substation Cost 
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Figure 17.14 Substation cost curve shift to the left when load density doubles: every point on the 
curve moves 29.3% closer to the Y-axis (i.e., the point's X component is reduced to (1/4 2 ) of its 
previous value). 


impact of the increase in load density on the “cost/MW versus spacing” curve is to move it 
proportionally to the left — every point on the curve moves to an X coordinate that is 1Af 2 
times its original X coordinate, as shown. 

Cost per MW at every substation spacing distance drops. For example, at a 4.56 mile 
spacing, which originally required 81 MVA substations, 162 MVA substations are now 
required. These larger substations have a better economy of scale — they are about 13% less 
costly on a per MW basis, and substation cost per MW falls from the original $135/MW 
PW for 81 MVA substations to $119/MW. Due to the shape of the cost/MW versus spacing 
cost curve for substations, cost at lesser spacings drops more: at a 2.63 mile spacing, it 
drops by nearly 25%, from $200/MW to $152/MW. 


Effect of changes in load density on sub-transmission cost relationships 


Ideally, a higher sub-transmission voltage should be used whenever load density of the plan 
is raised, a lower one when density is reduced. When density is doubled, optimum sub- 
transmission voltage will rise to ¥2: in this case it rises from 115 kV (the true optimum sub- 
transmission voltage for the example system — see to 161 kV. Making this 
increase gains the capability to serve the same number (three) of (now larger) substations 
per transmission circuit (in this case, three 162 MVA substations per circuit with a total 
peak load of 393 MVA). While these higher voltage lines cost more per mile, they have 
twice the capacity; overall cost per MW drop and behavior of the cost/MW versus spacing 
curve in general are qualitatively similar to that for substations. 

If selecting a higher voltage is unfeasible (sub-transmission voltage often is constrained 
by available grid voltages, etc.), then twice as much sub-transmission will have to be built, 
by either doubling the conductor sizes of lines at the existing voltage or using twice as 
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many lines. Either way, cost will increase — it may double, but since load has doubled, 
cost/MW remains constant for this segment of the system. 

Since sub-transmission is a minor part of total T&D cost (see [Table 17.6), the changes 
in its cost behavior make little impact on how overall cost changes — they are overshadowed 
by the changes at the substation and sub-transmission level. 


Effect of changes in load density on feeder cost relationships 


The feeder system undergoes the most complicated cost behavior impact when load density 
is changed, and it is difficult to master completely and use effectively in planning. As 
shown in Figure 17.15, fixed-cost per MW drops in inverse proportion to load density (if 
load density is doubled it drops to half its former value), but the slope of the curve increases 
proportionally to load density (doubling if density doubles). Thermal and economical load 
reach distances are both unaffected. 

The increasing load density does nothing to alter the minimum fixed cost of the 
distribution system or the requirement that it reach everywhere. The smallest line type is 
still the lowest-cost option, and the same number of miles of "at least minimum size wire" 
must be run through the service area being planned. But the doubling of load spreads that 
fixed cost over twice as many MW, cutting its cost per MW in half. With respect to the 
variable costs, at any substation spacing, the feeder system must move twice as much power 
out from the substation to the surrounding area, which means that the PW cost of losses will 
quadruple. Thus, four times the cost is divided by two times the power being delivered, 
resulting in twice the cost per MW delivered. 

As a result, the response of feeder cost curves to changes in load density is as shown in 
Figure 17.15. The two curves for high and low density will always cross, at a point where 
the savings wrought by the halving of fixed cost equals the doubled variable cost for 
moving power out through the distribution network. For the example system, this occurs at 
a spacing of nine miles. For spacings beyond this distance, cost per MW delivered is greater 


Load Density Interaction with Feeder System Cost 
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Figure 17.15 Feeder cost behavior is complicated: the curve moves down and slope increases: when 
load density doubles, the fixed cost (Y-intercept) drops to one-half its previous value, and the slope of 
the curve doubles. 
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than the higher density. But at spacings less than that, cost per MW is less: serving the 
doubled load density requires 2 more expensive feeder system, but not one that costs twice 
as much. Importantly, in the range of substation spacings of most interest to the planner — 
those around the optimum 4.56 mile spacing — cost decreases. 


Effects and interactions created by conductor size limitations 


The higher load density will very likely require a re-design of the distribution feeder system 
to effect these economies — simply scaling up the existing plan by doubling conductor size 
in every segment will usually not do the job. For one reason, such large capacity line types 
are often unavailable. Second, as discussed in|Chapters 11] and|12} even if larger conductor 
is available, the linear range is really limited in width to 8.3 MW at 12.47 kV due to X/R 
ratio reasons, which means extensive use of larger conductor in merely "doubling up" 
capacity would not be economical. 

One way to accommodate a doubling of load density from 3.25 to 6.5 MW/mile” within 
the design limitations of the conductor set used in the example system would be to build 
more feeders. In the example system, when density is doubled to 6.5 MW/mile’, eighteen 
rather than nine feeders could be built out of each substation. Each feeder would serve the 
same 6.5 MW demand as before in a narrower "slice" of the service area — 20° rather than 
40° of circular area in the substation's service territory, only 1.0 rather than 2.0 square 
miles. Narrowing the "slice" allocated to every feeder will slightly affect economy and 
reliability, and increase load reach minutely, but such effects are of secondary importance 
compared to the factors being discussed here, and would make little difference. Such 
interactions will be discussed later in this chapter 

Considering that eighteen feeders often present a feeder getaway problem, an alternative 
would be to change the design to have fewer feeders, for example, by combining pairs as 
shown in Figure 17.16 — using the 1,113 MCM conductor line type for the first several 
spans out of the substation. This change in design reduces substation cost by cutting in half 
the number of feeder breakers, getaways, etc., needed in the substation. It also increases 
feeder cost slightly by virtue of the larger line and its economics (the 1,113 MCM and its 
resultant segment loading of 13 MW lie outside the linear economical range at 12.47 kV, so 
that losses costs will be higher in spite of the much larger conductor). However. on balance, 
the overall cost will drop when reducing the number of feeders in this manner, for the 
savings at the substation more than pays for the additional feeder costs. While this savings 
can be noticeable, reliability will usually suffer — a severe contingency will lock out 13 MW 
of peak load instead of only 6.5 MW, and switching during contingencies presents more of 
a challenge as well. 


Single Feeder Two Feeders “Doubled feeder” 
Serving 1.73 mi.? Each serving .87 mi.2 Serving 1.73 mi.? 
6.5 MW at 3.75 MWimi. 2 6.5 MW at 7.50 MW/mi. 2 13.5 MW at 7.50 MW/mi. 2 


Figure 17.16 In cases of higher load density, feeders can be "doubled" as shown here, by combining 
their trunks with large conductor for a short distance out of the substation, but leaving configuration 
otherwise the same. This considerably eases feeder getaway problems and reduces overall feeder 
system cost, but worsens reliability. 
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Optimal substation spacing shrinks as load density is increased 


When combined into the total system cost, the impacts on the substation, sub-transmission, 
and feeder levels result in a change in total cost curve shape (Figure 17.17). Generally, the 
cost per MW drops over the entire range of viable substation spacings. The two curves will 
eventually cross, at a point where the increasing variable costs at the feeder level equal not 
only the savings in feeder fixed costs, but any savings also seen at the substation and sub- 
transmission levels. In the example system, this occurs at a bit over ten miles. 

The optimum substation spacing shrinks as load density is increased. The opposing 
economies of scale discussed earlier (the decreasing cost per MW at the sub-transmission 
and substation levels as spacing is increased versus the decreasing cost/(MW of feeders), 
which balanced at 4.56 miles when load density was 3.25 MW/mile’, now reaches an 
optimum at 4.0 miles, as can be discerned in Figure 17.17. Among the discrete sizes that 
result when substations are built with 27 MVA increments of capacity, 3.72 miles 
($407/MW) is best, with 4.16 miles (5 x 27 MVA at 6.5 MW/mile” — $409/MW) being 
better than the origina} 4.56 mile spacing (which now costs $413/MW). 


Optimum size for substations increases as load density is increased 


Invariably, the optimum size of substations increases as load density grows and decreases 
as load density drops. At 6.50 MW/mile’ substations in the example system are ideally 
composed of four 27 MVA transformers (108 MW of capacity) serving 78 MW (87 MVA) 
of peak load, whereas at 3.25 MW/mile” three 27 MVA transformers (81 MVA serving 
58.5 MW peak) were best. 


Economies, not capacity limitations, most dictate the design guidelines 


The reduction in optimum substation spacing as load density increases is entirely due to the 
relative economies of scale among the various levels of the system, and not because 
substations and feeders large enough to serve the higher load density are not available. In 
this example, a viable T&D system with a substation spacing of 4.56 miles could be built 
for the density of 6.50 MW/mile”; but one designed to a closer spacing (3.72 miles) is 
simply less costly overall. Spacing falls because the economies change in favor of smaller 
substation areas. This is a general result — for most T&D sysiem layouts, increasing the load 
density will result in a shift of economies so that the optimal design guideline calls for both 
closer spacing and slightly larger substations. Basically, spacing and size “split the 
difference,” each adjusting about halfway. 


Increasing the load density changes the 
relative economics of the various levels of the 
system in favor of a slightly smaller substation 
spacing with a slightly larger substation size. 


Changes in a T&D plan to adjust it to different load 
densities usually make little impact on reliability 


Suppose that the system is re-designed as outlined above — substations are now composed 
of 4 x 27 MVA transformers and feeders are increased in size to 13 MVA each so that there 
are still only nine, each serving two square miles. Then service reliability is basically 
unchanged. As observed earlier in this chapter, service reliability from a four-transformer 
substation is slightly better than from a three-transformer substation, but not significantly so 
— reliability at the substation low-side buses improves very slightly. Service reliability at 
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at 3.75 MW/mile? 


at 7.50 MW/mile? 
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Figure 17.17 Cost per MW at the original load density of 3.25 MW/mile” and at 6.50 MW/mile’ as a 
function of substation spacing. 


the feeder level is basically the same — every feeder serves twice the number of customers 
and has twice the load as before, but it serves the same service area and has the same line 
exposure. Line segments are all composed of heavier conductor and hardware (for the sake 
of consideration here conductor size and hardware will be assumed to have no influence on 
reliability). Therefore, the revised plan serving twice the original load density can be 
expected to have very nearly the same overall service reliability. 

However, if feeders are maintained at 6.5 MVA each, then there are twice as many 
(eighteen), each serving half the service area of the original plan (1.0 square mile) and with 
a correspondingly reduced exposure to outage. Service interruption as seen by the 
customers goes down, because there is less line length of exposure associated with each 
customer's service. On.any given feeder, fewer Gutages occur and customers will enjoy an 
improved interruption rate. 


Effect of Changing Primary Voltage 


Figure 17.18) reviews the primary impact on basic feeder segment economics that are made 
by an increase in primary voltage (from [Figure 12.5). As the primary voltage is changed: 


The f, fixed cost (Y-intercept) changes roughly in proportion to the square or cube 
root of the relative voltage level — 25 kV costs about 35% more than 12.47 kV 
($119,000 vs. $88,000), while 34.5 kV costs about 70% more, and so forth. 


The width of the economical linear range grows in proportion to voltage (i.e., it 
doubles from 0-8.5 MW for 12.47 kV to 0-17 MW for 25 kV. 


The slope of the cost curve in the economical linear range, s,, is proportional to the 
reciprocal of the voltage change (linear cost is $45,250 MW for 12.47kV, but only 
one-half, $22,625/ MW, at 25 kV). 


The net result is that cost rises for segments that are very lightly loaded, but falls for 
heavily loaded lines. 
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Figure 17.18 As primary voltage is changed, the shape of the power delivery cost curve changes, as 
shown. Doubling voltage, from 12.47 kV to 25 kV, increases f, by about 35%, but reduces the slope 
by 50%. 
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Figure 17.19 Cost of the feeder system if built with 25 kV primary distribution instead of 12.47 kV. 


The lower voltage is less costly in the example system application at all substation spacings of less 
than eight miles. 


Copyright © 2004 by Marcel Dekker, Inc. 


Distribution System Layout 649 


The change in primary voltage will make no impact on sub-transmission-level costs, but 
it will alter the cost of the substation transformers and low-side equipment slightly. These 
changes usually have a small net impact, which will be ignored here. 

Fipue 17.19 shows the resulting impact on the feeder system cost versus substation 
spacing diagram (at the base example system density of 3.25 MW/mile”). The curve for a 
25 kV feeder system is plotted along with that for 12.47 kV (from |Figure 17.11). As 
covered earlier in this chapter, the vast majority of line segments in a feeder system are very 
lightly loaded. Therefore, at small substation spacings — those dominated by fixed costs — 
overall feeder system cost increases because of the higher fixed cost of 25 kV feeder 
hardware. As can be can be seen in Figure 17.11, this occurs over most of the viable range 
of substation spacing — the capability of 25 kV to carry load and reach greater distances at 
lower cost does not pay off until beyond eight miles spacing. 

When combined with the cost curves at the substation and sub-transmission levels, the 
cost curve for the higher distribution voltage results in the composite system versus 
substation spacing curve shown in Figure 17.20. Cost rises for all spacings less than eight 
miles — at any spacing less than that, the higher fixed cost of the 25 kV distribution is 
simply not justified by the savings that it brings in actually moving power at the distribution 
level. Optimum spacing increases to 6 miles (5.89 miles among the discrete spacings 
available with 27 MVA capacity increments). However, overall cost of the T&D system 
with 25 kV distribution (at its best spacing) is 6% greater than it was with 12.47 kV. 


Cost interaction of substation size and 
spacing, primary voltage, and load density 


If load density is high enough, then 25 kV is more economical than 12.47 kV. 
shows T&D system cost curves like those in Figure 17.20, but recomputed for a load 
density of 6.50 MW/mile” instead of 3.25 MW mile’. At the higher density, 25 kV is clearly 
more economical, almost across the board. Now, the curves cross at just over two miles 


12.47 kV 


So 
S 700 25 kV 
4 


0 1 2 3 4 5 6 7 3 9 10 11 12 
Substation Spacing - Miles 


0 12 25 50 100 200 300 400 500 560 
Substation Capacity - MVA 


Figure 17.20 Cost/MW of the sub-transmission-substation-feeder system, as a function of substation 
size and spacing, with both 12.47 kV and 25 kV distribution systems. Optimum substation spacing has 
increased to six miles, and overall cost is 6% higher. 
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Figure 17.21 Total cost of T&D system utilizing 34.5 kV, 25 kV, or 12.47 kV as primary distribution 
voltage, as a function of substation spacing, at 6.50 MW/mile load density. The 25 kV voltage is now 
more economical than 12.47 kV for all but very small substation spacings. However, 34.5 kV is not 
the most economical at any spacing. 


substation spacing, instead of at eight miles, as at 3.25 MW/mile*. For any substation 
spacing beyond two miles, the higher primary voltage provides superior overall system 
economy. Optimum substation spacing is 5.26 miles (among the discrete sizes available 
with the 27 MVA units used in this example), and the optimum size substation is 216 MVA 
(8 x 27 MVA or 4x 54 MVA) serving a peak demand of 157 MW (174 MVA). 

The interaction between primary voltage and load density is quite interesting. At 3.25 
MW/mile”, the feeder fixed cost per MW was $347,000/MW, and the variable cost 
$85,000/MW-mile. Shifting to a higher voltage increases fixed cost by 35% and cuts 
variable costs by 50%. At 3.25 MW/mile’, this increases fixed cost by $122,000/MW-mile 
and cuts variable costs by $42,500/MW-mile at a 4.56 mile spacing — cost increase 
outweighs savings by nearly two to one. But at the higher load density, the fixed cost per 
MW of the 12.47 kV primary has been cut by half, to only $174,000/MW, and the 35% cost 
penalty to move to 25 kV represents only $61,000. Meanwhile, variable costs have doubled 
because of the doubled load density, so that the savings wrought by using 25 kV also 
double, to $85,000 at a 4.56 miles spacing. Variable cost reductions now outweigh the 
increased fixed costs in favor of the higher voltage. Thus, overall T&D cost with 25 kV is 
lower than with 12.47 kV, a combination of the superior economy 25 kV permits at high 
load density, along with slightly better substation-level economy. As shown, an even higher 
voltage — 34.5 kV — provides no further savings. The optimal substation spacing when using 
34.5 kV, at 6.5 MW/mile” load density, is 6.45 miles (optimal size for substations is 324 
MVA — 6x54 MVA transformers). Cost is about 8% higher. 

The cost behavior shown here is representative of all but very rare, extremely strange 
power systems. However, different systems will have slightly different quantitative 
characteristics than shown here; the curves given here should not be used as design rules of 
any utility system. Rather, planners should use the principles shown here to develop similar 
analysis of their own system. 
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17.4 EXAMPLE OF SYSTEM DOMINATED 
BY VOLTAGE DROP, NOT CAPACITY 


The example system described in section 17.2 was dominated by capacity and economic 
conductor usage concerns ~ at the sub-transmission, substation, and feeder level, equipment 
was utilized at levels close to maximum capacity. Voltage drop was seldom a constraint. A 
majority of power distribution including most downtown, urban, and suburban systems fall 
into this category, where capacity, not voltage drop, ultimately constrains the equipment 
usage and system layout. However, electrical service in sparsely populated rural areas is 
usually dominated by voltage drop, not capacity constraints. 

and|Table 17.18|give an example rural power delivery system based upon 
a utility in the central plains area of the United States. The example area of 1,000 square 
miles contains 3,500 customers, each with a coincident peak load of 3.77 kW (4.2 kVA 
each at 90% power factor). Total load for the 1,000 mile region is 13.2 MW (14.67 MVA). 
Four substations each serve a quarter of the area, as shown. Each consists of four single- 
phase 1.75 MVA 69 kV to 22 kV transformers (three in service and one stand-by spare). 

Distribution is 22 kV, overhead, Y-connected on wooden poles, built with 636, 336, 4/0, 
and #2 ACSR, with layout generally constrained to a grid of one mile spacing. Evaluated 
using the conductor economic sizing methods covered in and}12} 22 kV has a 
linear economic range from 0 to 14.5 MVA and an economical load reach of 5.8 miles 
(evaluated against a 7.5%, range A voltage drop requirement). 

In this system, feeders need to achieve a maximum reach of 15.8 miles — nearly three 
times their economical load reach. Voltage drop needs at this distance, in this example 
system, are met by four means. First, the utility uses a 9% voltage range as standard for 
normal operation, which effectively raises the economical load reach of the conductor set at 
22 kV to 7 miles. Second, the conductors are de-rated from normal economical loadings by 
up to 50%, to obtain a ten-mile reach, which is sufficient for application in this system, as 
will be shown. Third, line drop compensation (voltage regulators) at the substation provide 
a constant voltage at a point six miles away from the substation. And fourth, feeder layout is 
done so that no customers are served for the first five miles of feeder from the substation, 
making it what is sometimes called an express feeder trunk. (This will be discussed later in 
this section.) 


Sub-Transmission and Substations 


Both the sub-transmission and substation design in this system are far different than the 
urban-suburban system of section 17.2. Out of economic necessity, they are built to lower 
engineering and reliability standards than the prior example system — all four substations in 
this example serve fewer customers and less load than just two feeders in the urban- 
suburban system. Cost heavily constrains design. 

As a result, sub-transmission is 69 kV, post-insulator on wooden pole, with a single loop 
connecting all four substations to two feed points on the grid. The 69 kV line, whose total 
load is less than 1/4 its capacity, has the capability to feed all four substations from either 
end. Voltage drop during such contingencies is not a serious consideration for service 
quality, because it is compensated by the voltage regulation on the low-side of the 
substation. 

The substation consists of wooden pole racks entirely, with fuses on both high and low 
side. Single-phase transformers are used — three in service and a fourth in place with 
appropriate preparations made to switch it into service as a replacement within two hours of 
crews arriving on site. Voltage regulation, individually by phase, is arranged on the low 
side. 
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Ten Miles fi substation — sub-transmission 
ee 


Figure 17.22 Slightly idealized concept of a rural delivery system. Sub-transmission at 115 kV 
delivers power to 5 MVA capacity substations for distribution on 22 kV feeders. Substations are 15.8 
miles apart. Each substation service area (shaded area) is 250 square miles, with a peak load of 3.3 
MW at 13.2 kW/mile’. 


Table 17.18 Characteristics of the Example T&D System 


Peak demand density of 13.2 kW/ mile” (5.2 kW/sq. km) 
3.5 customers/mile? 3.77 kW/customer average peak 
90% power factor, for a peak load of 14.66 kVA/mile” 

Peak occurs annually as 87 periods of 4 hours each. 


Annual value of load factor loss factor 
sub-transmission .67 48 
substation .64 Al 
feeder 59 36 
service AT at 


Roads & property lines on a 5280 foot (1 mile) grid 


69 kV sub-transmission 
277 MCM ACSR, 85 MVA maximum capacity 
Substations rectangularly 15.8 miles apart (service areas 
of 250 sq. miles) 
peak load = 3.3 MW or 3.67 MVA 
3 x 1.67 MVA 115/22 kV transformers, plus one spare 
voltage regulators at substation with LDC 
high side fused 1,000 MCM “bus” conductor/wood frame 
low side fused/wood frame 


22 kV primary distribution feeders, all OH 
conductor: 636 MCM, 336 MCM, 4/0, #2 ACSR 
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Feeder System Layout 
The feeder system is mostly "single-phase" feeders (see 15), laid out with a 
Figure 17.23 


single large trunk design. [Figure 17.23] shows a somewhat stylized and "theoretical" layout 
of the feeders, which nonetheless captures the essential elements of the system upon which 
this example is based. It is laid out in a large trunk design on a mile grid. The most 
interesting feeder-level design characteristic of this system is that no customers are served 
from a feeder for the first six miles of feeder run from the substation. For the first six miles 
out from the substation, feeders are “express” in that their sole function is to move the bulk 
power to the middle of "their" service territory. From there, laterals for service "backtrack," 
so that service to customers geographically close to the substation is done with feed from a 
point six miles out. 

While this means that more than a minimum amount of conductor length is built, it also 
means that the line drop compensator at the substation can be set to maintain a constant 
voltage at that point six miles out on the express feeder. Voltage here is maintained at 126 
volts (120 volt scale), which means it is overboosted at the substation, reaching 131 volts on 
a 120 volt scale at peak. In this configuration, no customer is more than ten miles from that 
controlled voltage point, and thus effective feeder reach must be only ten miles, not sixteen. 


Conductor Utilization and Achieving Load Reach 


Each substation area consists of 292 miles of primary voltage line, with the conductor 
utilization by type shown in which shows little qualitative difference from 
that of the urban-suburban system — over 75% is the smallest size conductor line type. Very 
little of this smallest conductor is loaded anywhere near its maximum capability, even as 
de-rated for a longer reach. 

At a load density of 13.2 kW/mile, the longest laterals have a total load of less than 137 
kW, well below the top of their economical loading range (single-phase #2 can deliver over 
half a MW at a seven-mile reach) and therefore convey a considerable reach advantage. As 
a result, worst voltage drop at peak load (without regulation) on these feeders would be 
only 14.2%, and less than four miles out of the 292 miles of distribution shown in Figure 
17.23 has to be deliberately selected outside its normal economic range. 


Cost and Reliability of the Rural System 
able 17.19 gives the cost of components of this system and [Tables 17.20 and 


describe overall cost of a substation and its associated sub-transmission and distribution 
components. gives the estimated reliability of the system. 

A comparison of these tables to those shown earlier will reveal many differences from 
an urban system. To begin with, the costs for line and substation construction are far 
different. Even allowing for differences in construction and engineering standards, the rural 
system costs are lower — cost per mile of feeder built is less than half that of the urban 
system. Rural feeders are easier and quicker to build — there are fewer permits and licenses 
to obtain, fewer nearby buildings and obstructions to slow down construction, and far less 
traffic passing by the construction site. The costs shown are representative — usually 
construction in rural areas is about half of that in urban areas. Overall, as applied in this 
system (i.e., slightly de-rated for longer reach) the feeder conductor set has an f, of 
$17,000/mile and a s, of $85,000/MW-mile, giving an estimated PW cost of $7,180,000, 
3.5% less than the actual feeder system cost of $7,421,000. 

The value of s, here is higher than one might normally expect both because the lines 
have been de-rated slightly for longer reach, and mostly because it has been calculated with 
only the single-phase line types. In a rectangular service area, average Lebesque distance 
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Figure 17.23 Circuit configuration for the 22 kV feeder system emanating from each substation, 
basically three "single-phase" feeders, arranged so that no customers are fed for the first six miles of 
"express" trunk out of the substation. Phase A serves the northern 1/3 of the service area, Phase C the 
southern third, and phase B portions to the east and west of the substation. Dotted lines show laterals 
that “backtrack” along trunks to provide service along the trunk route for the first six miles. 


250 
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Figure 17.24 Miles of line by type for a rural substation service area. Only a small portion is not 
single-phase construction. Like the urban-suburban example system the vast majority of 


lines are the smallest capacity type available. 
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Table 17.19 Equipment Costs in the Rural System - $ x 1000 


Equipment Initial Annual 
Sub-transmission, per mile 90 3 
Substation site, including high-side 135 14 
four transformers & Jlow-side 115 6 
Feeder, per mile of line 17-85 5 


Table 17.20 Cost of a Complete Substation of the Example System - $ x 1000 


Equipment Initial O&M PW _ Losses PW Total 
Sub-transmission, per sub. (20 miles) 1,800 60 2,316 41 353 2,669 
Substation 250 20 422 32 276 698 
Feeder system §,500 143 6,731 80 690 7,421 


Total=7,550 223 9,469 153 1,319 10,788 


Cost per kW peak, dollars 2,287 68 2,869 46 399 3,269 


Table 17.21 Cost of the Rural System by Level — Percent* 


Equipment Initial PW 
Sub-transmission, per sub. (8.33 mi..) 24 25 
Substation 5 6 
Feeder system wai 69 

Tota= 106 100 


* Does not include service level. 


Table 17.22 Annual Outage and Interruption Data for the 
Example Rural System, Frequency in Events/year and 


Duration in Minutes/year 

Equipment Frequency Duration 
No power, high-side .09 15 
Insufficient transf. cap. .03 Al 

No power for low-side bus 20, 1.4 
Feeder, at head of trunk 25 1.4 
Feeder, at end 1.9 1.9 
Avg. lateral 2.3 3.1 
Service transf. 2.4 4.6 
Customer 2.6 a5 
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is one-half the maximum (which is 15.8 miles) — the computation of cost estimate is an easy 
one. The difference in estimated and actual feeder cost — $7.42 million (actual) minus the 
estimated least cost $7.18 million, or .24 million — is a rough estimate of the cost added by 
building the feeder system in the non-optimal layout (with some laterals backtracking) 
which effectively avoided the use of line regulators. In actuality the difference is $220,000 
PW, considerably less than the cost of adding four single-phase line regulators and their 
lifetime O&M and losses costs to this system. 

But by far the most revealing comparison is total cost: this rural system has a cost per 
kW five times higher than the urban-suburban system (which delivered power to an area 
with 284 times the load density). There is an economy of scale in the load density of power 
distribution that no amount of innovation and brilliant design can completely overcome. 
Even though this rural system is built to lower reliability and design standards; even though 
its criteria specify a 9% rather than 7.5% voltage drop limit; and despite its cost per mile of 
feeder construction being much less, its cost per KW delivered is much greater than for a 
system delivering power at higher densities. Reliability of service is considerably less in 
this system than in that described in section 17.2. The reliability values shown actually do 
not reveal the complete magnitude of difference in design, because the rural system is in a 
plains region that has few trees to create either momentary or permanent outages (the urban 
system had a typical amount of trees). Were this rural system’s terrain and foliage like the 
urban system, its total annual duration would be on the order of 6.5 to 7 hours. 


Design Sensitivities of the Rural System 


Both the fixed cost ($135,000) at the substation level and the incremental cost to add 
capacity (about $25,000 per MVA) are inconsequential compared to the cost of the feeder 
system. As a result, substation and sub-transmission costs play little role in cost sensitivity 
of this system to its substation spacing. Feeder cost is the major element of change. As 
substation spacing is increased, the feeder system has to move power farther, and its cost 
increases, particularly since more and more of it must be built of line types de-rated (under- 
utilized from an economic loading perspective) in order to gain the required load reach. 
shows the cost per kW as a function of substation spacing for this system, and 
for systems built with 12.47 kV and 34.5 kV primary voltages also. Optimal spacing for this 
system, with its load density of 13.2 kW/mile’, is 15 miles. 

Figure 17.26|shows the effect of increasing the load density of the planned design. Even 
though load densities in a rural region may be orders of magnitude lower than in urban 
systems, the great distances power must be moved mean that the same qualitative 
interaction between substation spacing, load density, and primary voltage level exists. 
Doubling load density to 26.4 kW/mile’ justifies 34.5 kV — the higher fixed cost of building 
it everywhere is more than justified by the savings it renders in moving power and in 
avoiding having to upgrade conductor above minimum size in order to buy load reach. 


Overall Commentary of Rural Systems 


Power distribution in regions with low load densities has an overall cost per kW that is 
much higher than that for regions of higher load density. Often, design standards and 
service criteria for rural systems must be lower than those for urban and suburban systems, 
because the marginal cost of service is much higher than in urban systems — in rural 
systems the cost of building to urban reliability levels is simply not justifiable. 

Generally, the design of such systems is dominated by voltage drop considerations that 
include the expenses of installing voltage regulation and upgrading conductor size for lower 
voltage drop. Layout, as in the example given here Figure 17.23}, often includes unusual 
characteristics aimed at getting around voltage drop constraints. 
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Figure 17.25 Cost per kW for the example rural system as a function of substation size and spacing, 
for three primary voltages. 
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Figure 17.26 Doubling the load density on the rural system has the same qualitative effect as it did on 
suburban-urban systems. Overall cost/kW drops because fixed costs are spread over more load; 


optimal substation spacing decreases slightly, and higher distribution voltage proves more economical 
than before. 
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Table 17.23 One-Page Summary of Chapter 17 


A T&D system is composed of three major levels: sub-transmission, substation, and feeder, whose 
equipment, sizing, and location heavily interact. 


Cost minimization should focus on total system cost — what is the ultimate cost to deliver a kW of 
power — not cost of any one level. 


Economy of scale interacts to define the cost behavior of the system. Substations and sub- 
transmission have a positive economy of scale — the bigger, the lower their cost/MW. Thus, 
optimization works to increase the size of subtransmission and substation service areas. By contrast, 
feeder systems have or develop a a negative economy of scale in large enough areas — after some 
point, the bigger the area they have to serve, the higher the cost/MW. 


The feeder system usually represents two-thirds to three-quarters of the total cost of the T&D 
system, and is the cause of between one-half and two-thirds of service interruptions. 


The vast majority of primary voltage lines in a feeder system are lightly loaded segments composed 
of the lowest capacity in the conductor set and (at least in “American” style system layouts) single 
phase. 


The cost of “running a wire” to every required location represents about 1/3 of the cost of a power 
system. 


Losses represent only a small portion of the cost of distributing power, even though they dominate 
conductor economic sizing evaluation. 


As substation spacing is increased, substations must become larger, but fewer are needed. Substation 
size is related to the square of spacing — double the spacing, and substations must be four times larger, 
on average. 


As load density increases, the overall cost per MW served usually will decrease, the optimum 
spacing between substations will decrease, and the optimum size will increase. 


As primary voltage is increased, the load reach increases, the cost of heavily loaded segments goes 
down, and the cost of lightly loaded segments goes up. Generally, higher voltage will prove more 
expensive unless its load reach is needed. 


Increasing the load density changes the relative economics of the various levels of the system in 
favor of a slightly smaller substation spacing with a slightly larger substation size. 


Rule of thumb on maximum substation spacing is that the distance between them should be about 
1.4 times the economic load reach of the primary feeder voltage being used. 


Economics, not capacity or design limitations, dictate the design changes as conditions change. 


Substation reliability remains constant or improves slightly as size is increased, depending on how 
substations are configured. 


Reliability of service is little changed if capacity and spacing is scaled up or down by changing the 
size of the transformers in a substation whose layout and configuration is otherwise the same. 


Rural systems typically will have a higher primary voltage combined with a much smaller substation 
size than suburban and urban systems. Feeder cost is a much higher proportion of the system cost and 
thus feeder considerations drive most optimization of the system. 


Power distribution in regions with low load densities have an overall cost per kW that is much 
higher than that for regions of higher load density. 


Feeder layout in rural systems will often use unusual feeder configurations to work around voltage 
drop constraints. 
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Usually, the optimal primary voltage for rural application will be the lowest that can 
handle the load density without major amounts of conductor upgrade in order to “buy” 
lower voltage drop at peak. In the example system, 22 kV is just at the limit — arranged very 
cleverly in layout as shown in it can handle the 15.8 mile maximum reach 
without any significant upgrade from only economical conductor sizing. It is aided in this 
task by the fact that even its smallest size line type is very lightly loaded compared to its 
most economic capacity, even at peak conditions, so much so that it results in much lower 
voltage drop (and a longer reach) than would normally be the case. However, its sensitivity 
to loading is emphasized by the fact that doubling the load — to a mere 26.4 kW per square 
mile — results in unacceptable voltage drop without noticeable reinforcement to obtain 
longer reach. Thus, at higher load densities higher voltage is required (34.5 kV is more 
economical than 22 kV when density is doubled). 


17.5 CONCLUSION AND SUMMARY 


The numerical results given in this chapter are specific to the particular utility systems used 
as examples in this chapter. Many of the numerical results cannot be taken as generalizable 
recommendations — for example, 4.56 mile substation spacing is often not the optimal 
substation spacing when using 12.47 kV distribution. However, the qualitative behavior 
identified throughout this chapter is generalizable, and the analytical methods used are 
recommended as planning procedures for the analysis of T&D systems in general. [able 
provides a summary of key points, most of which are generalizeble to most power 
distribution planning situations. 
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Substation Siting and System 
Expansion Planning 


18.1 INTRODUCTION 


The decisions about where to locate new substations and how much capacity to put at each 
one are the strategic moves in power delivery planning. For although substations 
themselves represent a minority of system cost, they define the overall character of the 
T&D system. They are the meeting place between transmission and distribution, a clue in 
itself to their importance. But more important, their locations define the end points of 
delivery need at the transmission system, as weil as the starting points for the feeders at the 
distribution level. This last is particularly important, for the selection of a poor site from the 
feeder standpoint can increase the cost of the T&D system by a great deal. 

This chapter examines substation siting and sizing — the process of deciding where to 
build a substation, what capacity to install there, and when to build it. It also looks at the 
distribution olanning process in general, much of which is driven by these decisions. This 
chapter begins 1n section 18.2 with a look at substation siting and sizing and a number ot 
basic concepts associated with them. In section 18.3, the cost impacts of substation site and 
size selection on the T&D system as a whole are examined, including how siting, size, 
service area definition, and other factors affect overall cost. Substation-level planning is 
both an art — heuristic and non-numerical — and a science — quantitatively analytical. 
Sections 18.4 through 18.6 examine respectively the art, guidelines, and science of 
substation-level planning, giving examples and recommendations for how to plan the 
substation level as effectively as possible. Section 18.7 covers modular substation planning 
and section 18.8 provides a summary of the chapter. 


18.2 SUBSTATION LOCATION, CAPACITY, AND SERVICE AREA 
Substations and Their Service Areas Tile the Utility Territory 


The substation level, like other levels of a power delivery system, must cover the entire 
system. Power delivered to each customer must come through some substation — if not one 


particular substation nearby, then from another somewhere farther away. Thus, the utility 
service territory is “tiled” with substation service areas, as shown in Figure 18.1) Each 


substation area consists of the part of the service territory that the substation serves, its area 
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Figure 18.1 The utility service territory is divided into substation service territories (boundaries 
shown as solid lines), each served by a particular substation (small squares). Each substation must 
have sufficient capacity to meet the maximum demand of all customers in its area, and the feeder 


system emanating from its low-side buses must be able to deliver the required power to the customer 
Sites. 


Subtransmission 


a wy, Substation 


Feeders 


Customers 


Figure 18.2 A “substation” as considered by the planner consists of four elements: its sub- 
transmission, the substation itself, the feeder system, and the customers. Electrical service cannot be 
provided without all levels functioning together. Substation planning is best done by considering the 
impact of any siting or sizing decision on all four levels. 
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Table 18.1 Cost of an Entire Substation, By Level - Percent 


Equipment Initial PW 
Sub-transmission, per substation 8 8 
Substation, including site 16 22 
Feeder system for substation area 716 70 

Total = 100 100 


covered by the feeder system emanating from its low-side buses. Usually, the service area 
for a substation is contiguous (i.e., not broken into two or more separate parts), exclusive 
(substation areas do not partially overlap), roughly circular in shape, and centered upon the 
substation. However, there are sufficient exceptions to these characteristics that they should 
not be considered hard and fast rules. 


A “Substation” Consists of Three “Levels” of Equipment 


As stressed elsewhere throughout this book, effective planning requires that the planners 
keep in mind that all levels of the system are connected and that every part is only a small 
portion of the whole. This is particularly important with substations, whose importance 
derives not only from their cost, but indirectly from their influence on the cost and 
performance of other, more expensive portions of the delivery system. A “substation” 
consists of the four elements shown in Generally, the actual substation 
represents from five to twenty percent of the total cost for the combined “sub-transmission- 
substation-feeder” delivery system in its area, as shown in Table 18.1. (The data shown are 
from Chapter 17, where its composition is fully explained.) 


There /s an “Optimal” Substation Site, Size, and Service Area 


Sor any existing or planned substation, there is a best location for ii in the sense of 
economics and a best location for it in the sense of electrical performance, reliability, and 
service. Occasionally, these two locations are identical, but usually they are slightly 
different. Regardless, usually the economic aspect rules determination of location. The 
optimal location for a substation from the cost standpoint is almost never the lowest cost 
site (i.e., cheapest land), but is instead the best overall compromise between all the cost 
elements involved in the substation — land cost, site preparation cost, cost of getting 
transmission in and feeders out, and proximity to the loads it is intended to serve. 


An optimal service area 


Along with any particular substation site (be it optimal or not), there is an optimal service 
area — the area (and load) around that site that is best served by it rather than any other 
substation in order to keep overall system cost lowest. 


Optimum “size” for the substation 


There is an optimal “size,” or capacity, for each substation. After taking into account 
everything — the site, the service area, the constraints placed on it by the local sub- 
transmission and feeder system, and the capacities of its neighbors, etc., this is the capacity 
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to install at that substation site to achieve satisfactory service and maximum economy. The 
optimal service area and the optimal size for a substation are interrelated (Chapter 17). 


Optimality is defined in terms of system needs 


The need for a substation and its optimum location, service area, and capacity are usually 
defined by what other substations can’t do: A new substation is most needed when 
additional capacity is needed and where there is no existing substation near the load at 
which to efficiently install the capacity. It is a substation’s location relative to its 
neighboring substations, and the customers, that most determines its overall economic value 
to the system. 


The planners’ challenge: find the optimum site, size, and service area 


But regardless of why, for any particular situation, there is a best site, area, and capacity for 
a substation, the site which gets the job done, that meets all criteria and real world 
practicality, and whose impact on total system cost is a minimum. The challenge for 
distribution planners is to find this site, size, and area. 


The Perpendicular Bisector Rule 


“All other things being equal,” every customer in a utility system should be served from the 
nearest substation. Serving each customer from the nearest substation assures that the 
distribution delivery distance is as short as possible, which reduces feeder cost, electric 
losses costs, and service interruption exposure. Locating substations so they are as close as 
possible to the customers does likewise. There are a host of reasons why “all things are not 
equal” in most real-world situations, but as concepts, “serve every customer from the 
nearest substation” and “locate substations so they are as close as possible to as many 
customers as possible” are useful guidelines for optimizing site, size, and service area — 
good guidelines for the layout of a power delivery system. 

The perpendicular bisector rule is a simple, graphical method of applying the concept 
“serve every customer from the nearest substation” to a map in order to determine 
“optimum” substation service areas and their peak loads. Applied in a somewhat tedious, 
iterative manner, it can also be used to determine where to locate a new substation to 
maximize its “closeness” to as many customer loads as pessible. Such a method was widely 
used from the 1930s until the widespread application of computerized planning tools began 
in the early 1980s. 

Although simple in concept and at best approximate, the perpendicular bisector rule is a 
useful qualitative concept every distribution planner should understand. Application of this 
rule to a service area map consists of four simple steps: 


1. Draw a straight line between a proposed substation site and each of its 
neighbors. 


2. Perpendicularly bisect each of those lines (i.e., divide it in two with a 
line that intersects it at a ninety degree angle). 


3. The set of all the perpendicular bisectors around a substation defines its 
service territory. 


4. The target load for this substation will be the sum of all loads in its 
service territory. 


This process is illustrated in Step (2) of this process determines a set of 
lines that are equidistant between the substation and each of its neighbors — the set of all 
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Big State Utility N 
Northern District 
Substation Planning 
Five miles 


Mi proposed substation (J existing substations 


Figure 18.3 The perpendicular bisector rule of identifying a substation service area identifies the set 
of all points equidistant between a proposed substation and its already existing neighbors. A line is 
drawn from the substation to each of its neighbors (dotted lines) and bisected with a perpendicular line 
(solid lines). Points inside this boundary are designated as served by the proposed substation. While 
simple, this method in one form or another was used to lay out a majority of substations currently in 
use worldwide. Modern substation siting computer programs use accurate analytical approaches that 
build upon the concept’s guiding mule: serve load from the nearest substation. 


such lines around a proposed substation site encloses the area that is closer to it than any 
other substation. As a starting point in the planning process, this should be considered its 
preferred service area. The sum of all loads inside this set of lines defines the required peak 
demand to be served by the substation. 

The impact on the loadings of the nearby substations can be determined in a similar 
manner, by using the perpendicular bisector method to identify how their service area 
boundaries change, what area they “give up” to the new substation, and how much their 
load is reduced by the new substation taking a part of their service area away from them. 

In traditional substation level planning (as practiced from the 1930s through the 1970s), 
this graphical approach or a similar method was used along with street and feeder maps to 
estimate substation siting and sizing needs. The substation planning process would 
generally begin by identifying one or more substations whose load was projected to exceed 
their capacity. A proposed substation site nearby would be identified, one in between as 
many overloaded substations as possible (Figure 18.3). It would have its service area 
identified in the process described above, and the load for that area estimated. This 
identified the preferred capacity requirement for the substation. 

The reduction in neighboring substation loads would be determined in a like manner. If 
the planner’s goals were to reduce the load of a particular neighboring substation — for 
example that directly to the east — by 25 MVA, and this was not accomplished, then the 
proposed new site would be moved closer to that substation, which upon recomputation of 
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the bisectors would tend to move more load toward the new substation and away from the 
overloaded one. 

If the planner’s goal were to find the “optimal” site for the new substation itself, that 
could be estimated by an iterative procedure based on the center of loads. Once a service 
area for the proposed substation was determined as described above, the center of load for 
that area was computed. This formed a revised substation site recommendation, from which 
bisectors and service area were recomputed, etc. This was done several times until the site 
and center of load converged to the same location. 

In this manner, the initial] planning of preferred sites and sizes for substations was done 
manually in traditional substation-level planning procedures. Many modern substation- 
siting computer programs, including those generally regarded as the most effective planning 
tools, apply this basic technique, but augmented by detailed, non-linear analysis that 
considers a host of exceptions and “things that aren’t equal” in the determination of site and 
size. However, the basic concept used throughout those programs is as outlined here: each 
substation should serve those customers nearest it; its capacity should be determined so that 
it can fulfill this role, and its location should be determined with relation to the other 
substations so that there is always a substation “close enough” to all load. 


18.3 SUBSTATION SITING AND SIZING ECONOMICS 


For planning purposes, the decision about whether to build a new substation, reinforce an 
existing one, or “get by” without any additions must include an assessment of all cost 
impacts at the sub-transmission, substation, and feeder levels. Some of these costs, 
including that of the substation itself, are not highly sensitive to changes in location — given 
any reasonable site, just about the same equipment and labor will be required to build the 
same type of substation. Other costs vary a great deal — feeder costs being pre-eminent in 
this regard, as discussed in the previous section. 

All these many costs must be assessed before making a decision about whether to build a 
new substation or not. and |17| focused in detail on the layout and costs of a 
substation and its associated parts. But in studies to determine the location of a possible new 
substation or aimed at identifying which of several existing substations will be reinforced, it 
is only spatially varying costs (those that change as location changes) that are important. 

This section looks at how the major costs invoived in a power T&D system vary as a 
function of substation location, size, and service area. lists the major cost 
sensitivities that must be addressed in considering substation site and size, in their usual 
order of importance. The first two — feeders and sub-transmission — and their interaction 
will be discussed at length in the rest of this section. The others are discussed in|Chapter 20, 
on planning criteria, and elsewhere throughout this book. 


Feeder Costs and How They Vary with Site and Size 


shows one of the substations from the example urban-suburban system in 
Chapter 17. The system and all of the costs and economic relationships developed in that 
chapter will be used throughout this chapter to examine the cost interactions of substation 
siting and sizing with the entire distribution system. The substation shown serves an area of 
15.6 square miles with a peak load of 58.5 MW (65 MVA) with an annual load factor of 
61%. It is fed from the high side by 138 kV sub-transmission and uses nine 12.47 kV 
feeders on the low side to distribute power throughout its service territory. Overall cost is 
$623 per kW of peak load served. All substation boundaries in this example system satisfy 
the perpendicular bisector rule. Substations are hexagonally spaced at 4.56 miles, each 
substation serving 18 square miles with a load density of 3.25 MW/mile’, for a peak load of 
58.5 MW. 
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Moving a Substation within Rigid Service Territory Boundaries 


Suppose that the substation in is moved one mile to the west, while still being 
required to serve the hexagonal (shaded) area identified as its service territory in that figure 
(i.e., that area’s boundaries and territory will not change). Moving this substation would 
have little impact on the sub-transmission costs (the new site is along the same transmission 


Table 18.2 Major Cost Sensitivities Involved in Substation Siting in Order of Typical 
Economic Importance to Overall Decision-Making 


Type Comment 


Primary feeder impact Substations exist primarily to feed the feeders. 
(proximity to load). The biggest impact in changing site 
and size is on the feeder system (as discussed later in 
this chapter). This is almost always the dominating 
variable cost in substation siting studies. 


Sub-transmission impact Some sites are near available transmission lines or can 
be reached at low cost. Others require lengthy or 
underground only access — adding to cost. 


Feeder getaway costs Getting feeders out of a substation requires available 
routes with sufficient clearance. Confined or restricted 
sites mean higher costs in taking feeders underground 
or over non-optimal routes around nearby barriers to get 
power out of the substation. 


Geographic constraints Nearby terrain or public facilities may constrain feeder 
routing raising costs. Close proximity to a large park or 
cemetery means feeders must be routed around them on 
the way to the load, which generally raises feeder costs. 


Site preparation The slope, drainage, underlying soil, and rock 
determine the cost of preparing the site for a substation 
and of building the basic foundations, etc. The cost of 
transporting material to the site may also differ from 
one site to another by significant amounts. Esthetic 
requirements (fencing, landscaping) also vary. 


Land cost The cost of the land is a factor. Some sites cost much 
more than others. 


Weather exposure Sites on hilltops and in some other locations are more 


exposed to lightning and adverse weather than average, 
slightly increasing repair and O&M costs. 
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Five Miles substation ="subtransmission 


Figure 18.4 Example substation. 


corridor) or the substation itself (the same exact substation would be built to serve the same 
load, assuming the new site costs no more or less than the old site). 

The major cost impact affected by this change in location would be on the feeder 
system. The new site means the substation is closer to some loads (those to the west), and 
farther from others (those on the east side of its service territory). illustrates a 
way to estimate the impact on substation feeder system costs. The example uses square 
service areas because that makes the major interrelationship easier to picture. However, the 
rule of thumb developed is a useful guide in estimating impact in any shape of service 
areas. The rule of thumb developed in Figure 18.5 is 


A MW miles = load density x length of edge x (distance moved)’ (18.1) 


Using the s, value from [15]to put a cost on this increase in MW-miles of power 
delivery burden gives 


Cost impact = s, x load density x length of edge x (distance moved)* (18.2) 
Thus, moving the substation in Figure 18.4 one mile to the west, with a load density of 3.25 
MW/mile, the “length of edge” as 4.56 miles, and the s, as $45,250/mile, gives 

Estimated MW mile = 3.25 x 4.56 x 1? 
= 14.82 MW-mile 
Estimated PW cost impact = $45,250/MW-mile x 14.82 MW-mile — 
= $671,000 


The estimated impact on feeder costs of this one-mile change in substation location is 
more than one-sixth the original cost of the substation ($3.98 million). In fact, equation 18.2 
slightly underestimates the cost impact, because it applies the standard s,, which applies 
only in the linear range and within the standard economical load reach of the feeder system. 


Copyright © 2004 by Marcel Dekker, Inc. 


Substation Siting and System Expansion Planning 669 


BEFORE AFTER 


Gi substation 
—~service area boundary 


Five Miles 


the load geometry 
is being shifted 


Figure 18.5 A simple method of estimating the feeder impact of moving the substation within a 
fixed substation area, illustrated here with a square substation service area, five miles to a side. At the 
top, the situation before and after the planned substation is moved within its designated service area. 
Bottom, the change in substation location relative to the load is equivalent to “cutting” a swath from 
the western boundary, equal in width to the distance the substation is moved, and “pasting” it onto the 
western boundary. The net impact is that that amount of load is now farther from the substation by the 
distance the substation was moved. Thus, the increase in MW-miles of power delivery resulting is: 
(width of area in the direction perpendicular to the movement) times (load density) times (distance 
moved)”. 


For this example system, with the substation moved a mile to the west, a good deal of the 
load along the eastern edge of the substation’s service area (about 15 MW) is now beyond 
the economic load reach of the 12.47 kV conductor set. Larger conductor and/or line 
voltage regulators will need to be used to correct the situation. Actual cost impact on the 
planned feeder system would be closer to $750,000. 

The impact on reliability of service can also be estimated using a similar approach and 
data from Tables 17.9 findlI7.10 The amount of load affected is 4.56 miles x 1 mile x 3.25 
MW = 14.8 MW, or 14.8/58.5 = 25% of the substation load. Distance moved is one mile. 
Using the value of .48 interruptions per mile and .55 hour re-switching time for feeders 
given in Table 17.9, one could estimate an average increase of .48 events/mile x 1 mile x 
25% of the load, or .12 events year average. Similarly, duration could be expected to 
increase by about .14. These are noticeable, if not large, increases (= 10%). 


impact of Moving a Substation Site When Its Service Area 
Boundaries Are Adjusted to Minimize the Cost Impact 


Certainly, if distribution planners were forced to move a substation away from its 
theoretical optimum location, they should make whatever adjustments they could to the rest 
of the system layout in order to reduce the cost impact as much as possible. One option is to 
change the service area of the substation and its neighbors, rather than leave them fixed, as 
was the case considered above. 


In Figure 18.6, |the substation from the example system (Figure 18.4) has been moved 


one mile to the west as in the prior example, and the boundaries of its service territory and 
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Figure 18.6 The substation in is moved one mile west, and its service area boundaries 
are “re-optimized” to minimize overall impact on the feeder system, slightly changing substation 
service area shape (but not its area, although the areas of its neighbors do change). All substation 
boundaries in that example system satisfy the perpendicular bisector rule, optimal in a situation where 
load density is uniform and there are no geographic constraints. 


its neighbors’ territories have been adjusted to minimize feeder impact cost (in this example 
this is tantamount to re-drawing them following the perpendicular bisector rule). The total 
area served by the substation changes little: the marginal amounts of loss on the west side 
and gain on the east are essentially the same, and the total area, and load, served by the 
substation remains the same. As in the previous example, the cost impact on the sub- 
transmission and substation itself would be small. 

Figure 18.6 illustrates a graphical “cut and paste” analogy leading to an estimation rule 
for feeder-level impact, when the substation is moved and the boundaries are adjusted. 
Thus, the impact of moving the substation in Figure 18.4 a mile to the east, when the 
boundaries of its service area are re-adjusted to stay half-way between it and each of its 
neighbors, is only half that when they cannot be re-adjusted. This ratio is a general result: 
readjusting substation boundaries when the site must be moved will usually halve the 
feeder-level cost impact of having to accept the non-optimal substation site. The rule of 
thumb developed from Figure 18.6 is therefore 


A MW miles = load density x length of edge x (distance moved)*/2 (18.3) 


Using the s, value from|Chapters 1 to put a cost on this increase in MW-miles of power 
delivery burden gives 


Cost impact = s, x load density x length of edge x (distance moved)?/2 (18.4) 


Thus, moving the substation in Figure 18.4 and 18.6 one mile to the east, and adjusting its 
boundaries, with a load density of 3.25 MW/mile, the “length of edge” as 4.56 miles, and 
the s, as $45,250/mile, gives 


Estimated MW mile = 3.25 x 4.56 x 17/2 
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= 7.41 MW-mile 


Estimated PW cost impact = $45,250/MW-mile x 7.41 MW-mile 
= $335,000 


The net PW impact is roughly the PW cost of building two miles of feeder. Similarly, 
impact on reliability is also reduced by roughly half from the case where the boundaries are 
not moved. 

However, an additional impact must be taken into account, one that cannot be estimated 
easily, that on rare occasions results in large cost penalties, but that in other cases can work 
to the planners’ advantage. If feeder efficiency is kept at its maximum, the loads of the 
neighboring substations will change as a result of re-allocating substation areas with the 
movement of the boundaries. This is shown in Figure 18.7. While the substation that is 
moved (center) sees only a small change in its load, the substation to the west loses about 
7.4 MW, while that to the east gains 7.4 MW. This means the utilization of the substation to 
the west changes from 80% (design target) to 70%, and that to the east increases to 90%. 
Generally, planners would probably not fully adjust boundaries, accepting the feeder 
inefficiencies that result. 


Systems with higher voltage primary are slightly less 
sensitive to deviations from optimal substation location 


As primary voltage level is raised, the s, cost per MW-mile drops. For example, doubling 
the primary voltage in the examples given here to 25 kV cuts s, by a factor of two, to 
$22,625. Of course, systems built with optimal layout at higher primary will have larger 
substation areas, so that the boundary width used in equations 12.1 through 12.4 will be 


BEFORE 

MOVING 

SUBSTATION 

ee ee 
average distance 2.5 miles 

AFTER 

MOVING 

SUBSTATION 

N 
average distance 3.0 miles 
Five Miles @ substation 


Figure 18.7 Top, three substation areas, each five miles square, with the substation centered in each. 
All are equally loaded at 80% utilization. Bottom, the center substation has been moved one mile to 
the west, and its service area boundaries adjusted, each moving one-half mile. The net effect is that a 
mile swath of load (shaded, top) served at an average 2.5 miles distance from the two substations 
along the eastern boundary is cut from the western boundary and pasted onto the other boundary, at an 
average of 3 miles distance. The increase in MW-miles of power delivery is: (width of area in the 
direction perpendicular to the movement) x (distance moved)*/2, or half the impact when boundaries 
are not moved. 
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Figure 18.8 Feeder system impact as a function of the non-optimal location of a substation in the 
example system, for situations where the substation area boundary cannot be altered (solid lines) and 
can be (dotted line). 


greater. In|Chapter 17| doubling the example system’s primary voltage was shown to raise 
optimal substation spacing to 5.89 miles. Substitution of these revised figures in equations 


18.1 and 18.2 shows that the estimated impact on cost for a 25 kV systems is nearly 1/3 
less: Only $217,000 if the substation boundaries can be shifted when the planned substation 
site is moved by one mile, and $433,000 if they cannot be. 


Systems with higher load density are slightly more 
sensitive to deviations from optimal substation location 


Conversely, as the load density of a planned system is increased, its costs become more 
sensitive to optimal substation location. Referring again to Ciapter 17, doubliag tcad 
density reduces optimal substation spacing to about 3.7 miles. Recomputing equations 18.1 
through 18.4 for a 12.47 kV system using this value instead of 4.56 miles, and a load 
density of 6.5 MW/mile’, gives $1.1 million if the boundaries cannot be moved, $.55 
million if they can be. 


Generalizations About Feeder Cost Impacts 


Equations 18.1 through 18.4 indicate several aspects of substation siting that are generally 
applicable to any planning situation. First, whether the substation boundaries are re-adjusted 
or not, moving a substation away from its optimal location creates an impact on feeder 
system cost proportional to the square of the distance moved. This occurs in spite of the fact 
that these equations use a linear MW-mile cost factor s,, (which is valid assuming planners 
can re-design the feeder system on both sides of the substation boundary). ‘i 


' The linearization gives fairly representative results up to about 1.5 miles movement in location, after 
which load reach problems increase cost considerably. 


? In cases where planners cannot, impact is proportional to distance cubed. 
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Fig § shows the feeder cost impact, as a function of the distance the substation is 
moved, for both “immobile-boundary” and “moving boundary” scenarios. The values 
shown were computed using a detailed substation siting program, not approximations using 
equations 18.1 through 18.4. Small non-optimalities in location cause little cost impact, but 
large differences create very large cost penalties. Moved 2.6 miles (to the edge of the 
stationary service area), the cost impact in increased feeder costs is $5.5 million — more 
than the cost of the substation itself ($3.98 million), and one million dollars more than an 
estimate based on the linearized approximation would predict — indicating that load reach 
problems in that extreme state cost nearly $1 million to solve. 

Equations 18.1 through 18.4 and the response of the examples here indicate the 
following guidelines with respect to trying to obtain the optimal substation site: 


1. There is an “optimum” location for a substation from the standpoint of feeder 
system costs. Feeder cost to deliver the power to customers_increases as the 
actual substation site is moved away from this location (Figure 18.9). This 
location is called the center of feeder cost. 


2. Small deviations (less than 1/3 mile) in the actual substation site from the 
center feeder cost create insubstantial cost increases. (A 1/3 mile difference in 
the example carries a cost impact of $37,000, less than 1% of the substation’s 
cost and less than .2% of the sub-transmission-substation-feeder cost.) 


3. Large deviations in actual site location from the center of feeder cost are very 
expensive — moving the substation in the example 6,400 feet (1.2 miles) costs 
$1,000,000. 


4. Whenever non-optimal sites must be accepted, planners should re-plan the 
associated service area boundaries and feeder network for the substation and its 
neighbors. This cuts the cost increase due to the non-optimal site in half. 


5. Non-optimal sites near “hard” substation boundaries — such as when a river or 
other geographic feature that cannot be moved forms one side of a substation’s 
area boundary — carry a much higher cost penalty than those near substation 
boundaries that can be re-adjusted. Planners should do everything possible to 
avoid having to accept non-optimal sites whenever the service areas are 
heavily constrained by geographic features. 


6. T&D systems with higher primary voltage are less sensitive to deviations in 
their substation location. 


7. T&D systems with higher load density are more sensitive to deviations in their 
substation locations. 


Impact of Changing the Area Size of an 
Otherwise Optimal Substation 


If a substation has insufficient load to serve all the customers nearest to it, some of them 
must be served by substations farther away, raising feeder system costs. In cases where 
there are unusual or severe capacity or geographic constraints, this may be the best course 
for design, but regardless, it is important for planners to appreciate the impact that a lack of 
optimal substation sizing, as well as optimal siting, can make on the feeder system. 
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Figure 18.9 For every substation siting situation there is a “center of feeder” cost. Locating the 
substation at this point will minimize the feeder-level cost for delivering power (cost as discussed here 
includes any impacts due to interactions with feeder systems in neighboring substation areas). Degree 
of shading above shows cost impact of a site and clearly illustrates the effect of grid routing 
constraints on the feeders. 


Suppose the substation in were reduced in capacity by 33%, from three to 
two transformers, necessitating a proportionate reduction in its loading — from a peak load 
of 58.5 MW to 39 MW. This reduction in load could be accomplished by shrinking the 
substation service area as shown in the top of transferring 19.5 MW to 
surrounding substations. The average reduction in service area radius can be estimated as 


58.5 MW 2 | 39 MW (18.5) 
3.25 MWimilexm —\! 3.25 MW/mile xm - 


= 44 mile 


The computation above was based on the assumption that the area was a circle. Recall from 


through |15) that an allowance must be made for the necessity of routing feeders 
through a grid. Therefore, 


actual distance change =.55 x max AX+max AY 
=1.1x.44 
= .55 mile 


The 19 MW transferred to the neighboring substations will have to be served over roughly 
.55 mile farther feeder distance. Assuming the feeder system can be re-planned for this 
additional requirement, the minimum PW cost impact will be approximately 


Costimpact = load x distance x s, 
= 19 MW x .55 mile x $45,250/MW-mile 
= $475,500 


Copyright © 2004 by Marcel Dekker, Inc. 


Substation Siting and System Expansion Planning 675 


a 
N 
| ; 
Five Miles @ substation ==subtransmission 
 ————=———( 
cs 
= 
| 
N 
| 
Five Miles I substation == subtransmission 


Figure 18.10 If the example substation has insufficient capacity, load must be transferred to 
neighboring substations, with a consequent increase in feeder cost. Top, an estimate of the lower 
bound of cost impact on the feeder system is to assume the load is transferred evenly to all neighbors. 
Bottom, worst case impact from a feeder cost standpoint is if all the load must be transferred to a 
single neighboring substation. 
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The load transfer scheme shown in (top), in which load is transferred 
equally to all neighbors, minimizes the feeder-level cost impact of the size reduction in this 
example problem. The $472,500 figure computed is the minimum cost impact that could be 
expected — the lower bound of the possible impact. In reality, very often load transfers 
cannot be done equally to all neighbors, because all neighboring substations do not have 
sufficient capacity to pick up the additional load that entails. The worst case (upper bound 
on cost impact) is to assume that all the load must be transferred to one neighboring 
substation, as shown in Figure 18.10 (bottom). The maximum Lebesque-1! distances in the 
case shown are X = 1.91 miles (1.66 miles divided by cos 30°) and Y = 1.66 miles, thus the 
cost is 


Cost = 19 MW x .55 x (1.91 + 1.66)mile x $45,250/MW-mile (18.6) 
= $1.69 million 


Thus, if a substation in the example system falls short of required capacity by one 
transformer, the cost impact on the feeder system is between $472,500 and $1.69 million, 
depending on if and how feeders and substation boundaries can be adjusted to try to 
mitigate the additional expenses. 

There are many ways to compare this figure to other costs and cost impacts in the 
system. One of the most interesting is to contrast this cost penalty to the cost of the 
transformer capacity itself. In Chapter 17, the cost for an additional 27 MVA 
transformer at a substation (i.e., capacity sufficient to serve 19 MW of peak load) is 
$775,000 — this includes the transformer itself, all equipment required to support it, and 
their complete installation. 

The $472,500 to $1.69 million cost penalty computed above does not occur because the 
transformer capacity has not been installed. This example assumed that the load can be 
served from the nearby substations, so that the required capacity is somewhere in the 
system.’ It occurs because the capacity has been installed in the wrong place 

As evaluated here, the importance of locating a substation transformer at the correct 
substation is somewhere between half and twice as valuable as the capacity itself. This 
result is generally applicable as a rule of thumb — location and capacity have about the same 
value, and thus: 


Nearly half of the value of 
substation capacity comes from 


having it in the right place. 


Sub-Transmission/Substation Siting and Sizing Cost Interactions 


The cost of building sub-transmission to a substation site can be considerable. In the 
example system Figure 18.4), adding a mile of sub-transmission increases PW cost by 
$349,000. One way to reduce sub-transmission cost is to seek a site along an existing sub- 
transmission-level right-of-way, where there is sufficient capacity to serve the substation. 


> Somewhat unrealistically, this lower bound computation assumed that capacity was distributed 
among the neighboring substations. The upper bound assumed the capacity was all at one 
neighboring substation (i.e., the transformer was “mis-sited” one substation to the west of where it 
ideally should have been located. The important point is that the $775,000 has been spent putting the 
capacity into the system somewhere — the $472,500 to $1.69 million cost penalty is in addition to the 
expense of the capacity, and just because that capacity has been put in the wrong place. 
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For such sites, the “sub-transmission cost” is essentially zero. However, in other situations 
several or even many miles of sub-transmission may have to be built to reach a site. 

The length of line that may have to be built can occasionally be much more than 
straight-line distance, or even the minimum grid-path from the grid feed point to the 
substation might indicate, due to esthetic, property, or other land-use restrictions. Unlike 
distribution, which can usually obtain overhead or underground easements along any road, 
transmission routing requires rights-of-way that have far heavier esthetic and land-use 
impacts, and thus it is far more difficult to route. As a result, some sites are approachable 
only via circuitous or restricted routes whose length is much greater than might first be 
supposed. 

Generally, the cost to build sub-transmission is linear with respect to distance — double 
the distance required and cost doubles, too. It is also generally non-linear with respect to 
capacity, but not in any general way — every situation is different, with cost versus capacity 
function usually discontinuous. 


Sub-Transmission and Feeder System 
Cost Sensitivity Interaction 


For sites not along an existing sub-transmission route, the cost of building sub-transmission 
to the site is roughly linear with respect to distance — double the distance that must be 
covered and the cost doubles, too. On the other hand, the substation site-feeder system cost 
interactions discussed in section 12.3 are exponential — move a substation site a short 
distance away from the center of feeder cost and the cost impact is very small; double that 
deviation and the cost quadruples, etc. 

When combined, the two cost sensitivities indicate that the cost of building sub- 
transmission to reach all the way to the center of feeder cost is never justifiable. Figure 
18.11 illustrates this concept. Shown are feeder-cost versus distance data from 
along with the cost of building sub-transmission at $349,000/mile PW (from 
and as a function of distance. The break-even distance, assuming that planners can 
adjust substation boundaries to minimize feeder-system cost impact, is just slightly over one 
mile. If substation boundaries cannot be adjusted (for example, if they are defined by a 
highway or a river, etc.) then this break-even distance is half a mile. 
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Figure 18.11 Cost of building sub-transmission compared to the cost penalty feeder-cost impact of 
non-optimality in location. Break-even distances are .5 and 1 mile. 
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shows an example application of this concept in a modified version of the 
example system. A “site cost map” including both feeder and sub-transmission costs has 
been developed from what was only feeder costs by adding the cost to build 
sub-transmission from the ROW directly north to every location. The optimal location is 
now one mile north of the center of feeder cost. 

The plot of sub-transmission and feeder costs in[Figure 18.11]and the site cost map 
example in Figure 18.12 illustrate a general result: for distances less than the break-even 
distance, the sub-transmission cost needed to move a planned substation to the center of 
feeder costs exceeds any possible feeder-level savings that could be produced by reaching 
it. Thus, 


e If the center of feeder cost is within .4 to .8 mile of an available substation 
site that has sub-transmission line access, then it is most economical to use 
that as the substation site. 


e If the center of feeder cost is more than .4 to .8 mile from a sub- 
transmission line, then the optimum location for the substation will be on a 
circle of radius .4 or .8 mile around the center of feeder cost, at the point 
nearest the sub-transmission line). 


Substation Sites and Access Cost Interaction with Site Location 


The substation site itself must have several characteristics in order to provide a suitable 
location for a substation and its equipment. Their costs can vary from one locale to another 
depending on the individual land parcel itself and the locale around it. First, there must be 
sufficient space for the substation equipment — transformers, racks and buswork, breakers, 
control house, incoming transmission termination, etc. The space required will vary 
depending on the type, amount, and voltage levels of the equipment planned for the 
substation, and can range from several hundred square feet for a small, completely 
packaged, single-transformer substation to ten or more acres for a multi-transformer 
substation with very involved high- and low-side buswork and switching. 

In addition to having the room for the substation equipment, the site must be accessible 
with a transmission right-of-way, so that incoming transmission can reach the substation, 
and have sufficient room for feeder getaways — routes out of the substation through which 
the manifold feeders can run. Any restrictions on routes in and out of the substation, or 
unusual clearance problems with either transmission or distribution, will increase cost if not 
rule out the location altogether, but given that it meets these requirements, it can then be 
used for the construction of a substation (see Chapter 16). On occasion, there are other 
considerations, including unusual esthetic and environmental requirements, which might 
impose additional cost at one site that is not realized at another. 

And most important, the substation site must be obtainable at any price. Often, many of 
the best sites are not — they have been purchased by other parties with other plans for them; 
community opposition may be quite strong against locating a substation at some sites; or 
they may be “off-limits” due to environmental or other public interest requirements. (See 
the planning criteria discussions in and for more on the esthetic and 
environment attributes required of T&D facilities.) 

Given that a site is available, a matter of concern is its cost. Prices for land vary 
depending on location, attributes, and other factors. Generally, land that is close to load 
centers and accessible is more costly than land that is not. However, site cost is only one of 
many aspects of overall cost, and even a relatively expensive site represents just a small 
portion of overall substation cost. It is a mistake to let site cost drive the substation locating 
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Figure 18.12 A substation planning situation slightly altered from [Figure 18.4) Here, the best site to 
serve the hexagonal substation area in the center is being sought under circumstances where sub- 
transmission does not pass through the center of the area. Top, shading indicates cost — to the feeder 
system costs from Figure 18.5]¢center of feeder cost’) have been added the $349,000/mile cost of 
building sub-transmission from anywhere along the line skirting the northern edge of the proposed 
service area. The lowest cost point is north of the center of feeder cost by a break-even radius of one 
mile. Bottom, the final plan with the sub-transmission in place and the substation boundaries adjusted 
to minimize feeder-level impact. (The one mile break-even radius assumed they would be re-adjusted 
once the site was determined). 
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Figure 18.13 Maps of the cost of land (top left) and site preparation cost (top right) show variation in 
cost depending on location. Shading indicates cost, with unavailable sites shaded completely. When 
the land and site preparation costs are added to the sub-transmission and feeder costs of|Figure 18.12] 
the resulting sum (bottom) shows the complete “substation cost variation as a function of location” 
map, which provides planners with identification of the optimal site according to their criteria and cost 
analysis. As a result of these considerations being added to the site evaluation, the optimal location 
moves very slightly to the north and west compared to Figure 18.12. If selected, this site would dictate 
very slight revisions in the (already revised) service area boundaries of the substation area shown in 
Figure 18.12. 
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process (as it does in many cases); all too often the desire to save several hundred thousand 
dollars in real estate cost by moving the location of a new substation to a less expensive site 
results in impacts at the substation and feeder levels that come to many times that amount. 


Substation Site Cost Maps 


shows maps of land parcel cost (the cost of the land itself), complete site 
preparation cost (the cost of building access roads to the site, clearing the land, and 
preparing the site for a substation), and a total summation of land cost, site cost, feeder, and 
sub-transmission costs for the example problem (substation costs are not included because 
they do not vary depending on location in this particular planning scenario). Both land 
purchase and site preparation costs are usually not estimable from formulae as are sub- 
transmission and feeder costs (transmission and feeder costs are functions of system 
parameters; land and site cost are not). Land and site cost variations among reasonable sites 
generally do not vary by such large amounts that they become the major factors in siting — 
but their variations do have an effect and should be taken into account. 


Site Cost Contour Maps 


A “site cost map” such as illustrated by Figure 18.13 is a useful tool for identifying and 
understanding how costs and spatial relationships interact in any particular planning 
situation. Whether the data are displayed explicitly as a shaded/colored map as shown, or 
used only in a computerized siting analysis and optimization program, evaluation of total 
site cost variation and development of the information illustrated is important in planning 
substation sites properly. A useful variation in the manner of display is a cost variation 
contour map, shown in Figure 18.14. This type of map is a very effective communication 
tool for planners. It shows in contours the “cost penalty” that non-optimal siting makes, and 
thus identifies when and if it is preferable to pay more for a site closer to the optimum. 
Shown to management, such a map indicates where spending more for a particular site is 
justifiable when other parcels are available at less cost. 


Unacceptable 


One Mile 


Figure 18.14 Cost contour map for the northern part of the target substation area, developed from 
Figure 18.13, shows the “cost penalty” that is paid as one moves away from the optimal substation 
site. Such a map helps the utility’s land purchase agents decide which parcels of land, at different 
prices, are worth pursuing as substations. 
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18.4 SUBSTATION-LEVEL PLANNING: THE ART 


Despite the importance of substations, and although many aspects of their planning can be 
studied analytically, as in section 18.3, substation planning remains as much an art as a 
science, in the sense that it cannot be reduced to only a set of rules and formulae, and that 
some individuals or groups of individuals are simply much better at it than others. This 
section attempts to present a coherent picture of the art involved in substation planning. 
This section describes a perspective and manner of strategic thinking which the author has 
found useful in substation planning, as well as several guidelines and helpful rules of thumb 
in the procedures for substation planning. 


The “Game” of Substation Tile Planning 


This analogy to a game has helped some planners understand substation planning and 
become better planners. Others think it is silly. It is offered for whatever it is worth. The 
process of planning the future of a T&D system can be likened to a game in which the goal 
is to serve all the customers, the score used to determine quality of play is overall cost, and 
the moves consist of decisions about when, where, and how to add substation capacity. It is 
not a “zero-sum” game in the sense of mathematical game theory, but a positive-sum game 
where quality of play, attention to detail, and particularly innovation can yield big winnings 
and generate better than expected scores over the long run.* 

Usually, the substation planning “game” is played as a series of iterative moves (annual 
T&D plans). It has its own unique rules (criteria, standards) and permits many unorthodox 
moves (“build nothing this year” or “split a substation and build two smaller ones rather 
than one large one” or even “install a mobile substation there for a year, then build a 
permanent one there”). 

Placing a substation at a certain point in the service territory creates a source for the 
feeder system there, lowering the cost of running feeders to, and providing power for, the 
customers in the vicinity of the substation. Compared to plans that have no substation in 
that vicinity, feeder capital costs will be lower, losses will be lower, and service reliability 
will be higher. The price paid for these advantages is a higher cost at the sub-transmission 
level (required to get power to the substation) as well as the cost of the substation itself. 
Thus, the decision on whether to build a substation in an area of the systeru is quite simple: 
are the savings that it will provide in lower distribution costs worth its sub-transmission and 
substation-level price? Until they are, a substation should not be built. When they are, the 
site, size, and service area with the best overall economics should be built. The benefit that 
accrues from this can be determined using a variation on the siting analysis method 
developed earlier in this chapter. 


Substations as “tiles” or “areas” 


Earlier in this chapter (Figure 18.1), it was observed that the substations must “tile” - 
completely cover — the utility service area. Substations can be likened to three-tiered elastic 
“tiles” (Figure 18.15), which the planner must fit together in the substation planning game, 
by twisting, stretching, or otherwise forcing them to fit, until as a group they somehow 
cover the entire service territory. Each “tile” consists of a sub-transmission route which 
must be attached to the system grid at appropriate places, the substation itself at the center, 
and the feeder system that covers the surrounding territory, all elasticly anchored to the 


“ In a zero-sum game, the sum of scores of all participants is a constant (i.e., zero) so one wins by 
taking away from another player or aspect of the game. 
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actual substation site chosen by the planner. This concept of substation planning is based on 
three critical observations about T&D systems. 


1. As was illustrated by the substation service areas in a 
T&D system must completely cover, or “tile,” the utility service 
territory, in the sense that their service area boundaries must meet and 
the union of all substation service areas must jointly cover all the utility 
service territory. 


2. As also discussed in section 18.2 (Figure 18.2), a “substation” consists 
of three levels, sub-transmission, substation, and feeders. To do its job 


it must have sufficient capacity in all three levels, in a compatible 
manner. 


3. The utility can afford only a few substations, so each one must be well- 
utilized. Additionally, while management, regulators, and the public 
(grudgingly) understand that electric utility facilities are necessary, 
asking for too many substations, particularly if planners cannot 
demonstrate they have used past sites well, is a recipe for a public 
relations disaster. 


“The optimal tile” and how it reacts to changes in design 


For any system, there is an optimal target substation size (capacity), service area size, and 
substation spacing (as was discussed in which defines an “optimal tile” — the 
target characteristics which the planner would like every substation to have. Assuming 
feeders must be routed through a grid, the optimal shape for each substation “tile” is a 
diamond — a square rotated 45° to the grid ~ not a circle (circles do not fit together as tiles) 
or a hexagon (hexagon’s fit together as tiles, but a hexagon, which is the optimum if feeders 
could be routed by Euclidean distance) is very slightly more expensive). 

The optimal site for the substation is at the diamond’s center; the optimum service area 
is defined by the relationships explored in Chapter 17, but basically is set by the maximum 
economical load reach of the primary distribution voltage/conductor set (see[Figure 18.15). 
The optimal size (capacity) is what is just enough to meet the needs to serve the load inside 
its territory. 

All the elements of a tile ~ shape, width, height, location of the substation, etc. — are 
elastic, so the tile can be twisted, bent, or stretched into shape to fit among other substation 
tiles. Here, any increasing elastic tension indicates increasing cost. The sub-transmission 
route attached to the substation can be stretched, twisted around obstacles, and routed as 
necessary to bring power to the substation from anywhere, far or near — but increasing its 
length and/or using a circuitous route increases its cost. 

Similarly, the feeder system (the tile itself) can be stretched beyond its optimum (which 
increases cost) or cut short (which throws away capability, thus generally increasing cost 
somewhere else) so that the tile’s shape fits any requirements. 

The planner’s job is to design a set of substation tiles so that they cover the service 


territory and leave no gaps (something like fitting the pieces of a picture puzzle together) as 


illustrated in Figure 18.16] all the while minimizing the total “elastic tension.” 
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Figure 18.15 An optimum substation tile: a square (diamond-shaped) service territory, of Lebesque- 
| radius equal to the economic load reach of the primary distribution system (dotted line, 3.3 miles for 


the 12.47 kV feeders from \Chapter 12), a substation at the center, and a short sub-transmission line. 
All three dotted lines are the same length. 


Big State Utiity N} 
Central District 


Figure 18.16 Top, a new substation is needed in an area where capacity shortfalls are expected 
(shaded area). Bottom, the new “tile” has been inserted into the system. The resulting overall 
performance will depend on how well the utility’s planners looked ahead to arrange the entire set of 
substations as a coherent system. Here, the new substation is not optimally sited, but it is close — its 
service area is vaguely diamond-like in shape. Shapes of other tiles are adjusted, too, in this case 
probably improving their economics as well (there is not enough information about subtransmission, 
site costs, and load locations displayed here to be certain), since the two substations on either side of 
the new substation were previously quite far from the center of their service territories. 
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Thus, the feeder system can be likened to an elastic sheet with the substation anchored 
in the middle and a natural (no tension) feeder radius equal to the economic load reach. The 
tile’s edges can be stretched to meet a far boundary — but that increases cost. Similarly, the 
substation belongs in the very center of the feeder tile, but it can be pushed about inside its 
territory, again increasing elastic tension (cost). Some set of substation tiles must be fitted 
together to cover the entire_utility Joad pattern, with their boundaries butting together or 
against natural boundaries The planner’s job is to fit tiles together into an 
overall plan, spending the least on resources and causing the least amount on them and 
creating the least elastic tension (non-optimality cost). 


18.5 GUIDELINES TO ACHIEVE LOW COST IN 
SUBSTATION SITING AND SIZING 


Whether one is referring to elastic tiles or real substations, there are a number of guidelines 
behind good and bad application, as illustrated in The overriding concept 
behind all of these guidelines to achieving low cost and satisfactory performance is to find a 
way to utilize every substation “tile” as closely as possible to its optimum size, shape, etc. 
Any deviation from the “natural” or “relaxed elasticity” shape of the substation tile will 
increase cost. Figure 18.17 illustrates each of several guidelines for doing so. As with any 
complicated design endeavor, these various rules have to balance carefully against one 
another, and work around constraints of geography, etc. Still, their use in a reasonable 
manner will result in initial plans that are close to optimal and which can then be refined 
quickly through the use of rigorous quantitative planning tools. 


Substation siting near service territory boundaries 


Most utility service territories have limits set by the utility’s franchise agreement or 
geographic boundaries defined by natural features such as lakes, oceans, or other similar 
features. Regardless of whether natural or “man-made,” these service territory boundaries 
constitute immovable substation area boundaries. As discussed in section 18.3, when 
substation service territory boundaries cannot be moved along with the substation site, 
feeder cost impacts due to non-optimal siting are doubled. Thus, from the standpoint of 
overall economics, it is especially important to optimally locate and size substations near 
service territory boundaries and natural barriers. 

shows two substations located on the boundary of the system. Fully half of 
their potential feeder system reach lies outside the utility service area, where it provides no 
real value to the utility. A good deal of their fixed-cost investment is therefore wasted. A 
better site for each is well inside the service territory, just within economical load reach of 
the boundary. As shown in this means there is a “band” of preferred 
substation sites, about 1M/2 times the economical load reach of the distribution feeder 
system inside the service territory boundaries, and around any large geographic restrictions, 
as shown. 


Partly an Art, Partly a Science 


The determination of substation location and capacity is the critical aspect of distribution 
planning. The whole focus of this and preceding chapters is on the analysis of costs and 
performance of the distribution system so that decisions as to size, type, location, and 
service territory of substations can be made well based on rigorous analysis of facts. 
Substation siting, however, remains something of an art because of the ttemendous number 
of interrelated aspects and the difficulty any planner has in fully assessing how they relate 
to one another. 
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Figure 18.17 “Substation siting rules.” 


The perfect substation. Square service 
area oriented 45° to the road grid, “radius” 
equal to the economic reach of its feeders, 
substation in the center, with capacity 
sufficient to serve the load in the square 
service area, located on an existing sub- 
transmission ROW. 


Lengthy sub-transmission construction is 
expensive, and should be avoided unless 
justified by the site’s other savings. As 
mentioned in_ section 18.3,  sub- 
transmission all the way to the optimal 
location from a feeder standpoint is never 
justifiable. 


Poor aspect ratio. Serving the same-size 
area and load in a “longer-narrower” 
shape results in higher feeder costs. 


Substation not near center of load. As 
described in section 18.3, feeder system 
cost goes up if the substation is not in the 
center of the service area. 
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Figure 18.17 cont. 


Radius greater than economic reach — the 
feeder system will not be efficient —~ Le., 
cost/kW will be higher than necessary. 


Radius less than economic reach — the 
substation and sub-transmission system are 
not efficient — their fixed costs are not 
utilized fully. 


Boundaries moved drastically and 
unsymetrically. Compound problem: aspect 
ratio and substation not at center. 


Geographic barrier/restriction near the 
substation — increases feeder costs going 
around it to get to the load. If possible this 
should be avoided. 


Geographic barrier on the substation 
boundary — the impact of the barrier is 
irrelevant if the substations can be arranged 
so that the boundary overlaps the 
geographic restriction. 
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Figure 18.18 A substation located on the edge of the utility service territory, or right against a 
geographic barrier, is partly wasted. The two substations shown (shaded squares) cannot utilize half of 
their most economic load reach capability (dotted lines). Therefore, regardless of what capacity is 
installed, half of the investment made in their fixed cost (site, sub-transmission, etc.) is essentially 
wasted. 


Big State Utility N 
Northern District 
Substation Map 
Five miles 
= 


Figure 18.19 Optimal substation siting of the outer tier of substations in a utility is in a band 142 
times the economic load reach inside the substation service territory boundaries and around any large 
geographic restrictions. 
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18.6 SUBSTATION-LEVEL PLANNING: THE SCIENCE 


As pointed out earlier, substation planning is somewhat of an art, part of which can be 
likened to a game. A great deal of formal analysis can be applied to the identification, 
evaluation, and selection of alternative sites, sizes, and substation service areas. Usually, 
this analysis will have a limited context, or will involve optimization applied to only a 
limited number of factors. Hence, the art discussed earlier: the planners need to understand 
how all of these system factors fit together and, in particular, where these analytical 
methods run into their limits. This requires intuition, judgment, and a type of artistic 
application to the portion of the problem not being analyzed. 

Nonetheless, there are powerful analytical tools available for substation-level planning 
(discussed in Chapter 24), as well as formal, analytical evaluation procedures for evaluation 
of sites and cost interactions, all providing useful evaluation and documentation of need. 
This section examines their overall application to the planning of substation siting, sizing, 
and timing. 


How Much Is Adding a Substation at a Particular Site Worth? 


If the analysis method of reducing capacity and transferring load to neighbors (section 18.3) 
is carried to its extreme, the capacity of a substation in the example system could be 
reduced to zero and ail of its load transferred to the six neighboring substations and the cost 
impact determined. The cost thus computed for “reducing capacity to zero” can then be 
compared to the savings that accrue from not building the substation, to identify the net 
value, or worth, of having the substation at that location 


Value of substation = cost without it - cost with it (18.7) 
From equations 18.1-18.5, the cost impact with zero capacity would be calculated as 


58.5 MW (18.8) 
3.25 MWimile xm 


= 2.4 miles 


The adjustment must be made for the necessity of routing feeders through the grid. 
actual distance change = 1.1 x24 
= 2.64 miles 


The substation’s entire 58.5 MW must be transferred to the neighboring substations, 
over roughly a 2.64 mile greater average feeder distance. The example system’s normal s, 
of $45,250/MW-mile for 12.47 kV distribution is inappropriate in this case because of load 
reach limitations (see [12 Jand (14). Under normal circumstances (i.e., with the 
substation in place and serving 58.5 MW), the feeder system is called upon to deliver power 
over distances of up to 3.4 miles — its maximum reach, with the average distance being 
about .75 of that (2.55 miles). The average distance required to serve this particular 58.5 
MW, now that the substation is no longer there, is about 2.64 + 2.55 miles = 5.2 miles, or 
more than 50% beyond the distribution feeder system’s economical load reach. The cost 
penalty for the reduction in loading to achieve greater reach is not as great as one might 
expect — s, increases by about 12%, to $50,700. Thus, 


Cost impact = load x distance x s, (18.9) 
= 58.5 MW x 2.64 mile x $50,700/MW-mile 
= $7.83 million 
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Table 18.3 Cost Differential for “Not Building” a Three-Transformer 
Substation for 58.5 MW peak load - $ x 1000 


Item Cost Savings 
Sub-transmission, save 8.3 miles & losses 2,909 
Increased losses on other sub-transmission 935 
Substation site 1,475 
Differential transformer cost 300 
Additional feeder system cost 7,830 

8,765 4,684 


Value of substation, $8,765 - $4,684 = $4,081 


If the substation were not built at the site at all, the feeder system cost increase can be 
expected to be $8,000. How much would be saved? Although a complete substation was 
shown to cost over $36 million PW (Table 17.5), the savings would be nothing like that. To 
begin with, that $36 million PW includes about $12 million PW for the laterals and small 
primary line segments of the distribution system, needed in any planning scenario where the 
customers are to be served. The substation capacity is not avoided, either, because again it 
is necessary in order to service the utility customers: the 81 MVA of substation capacity 
planned for the substation at this site is just located somewhere else — somewhere not 
specified in this analysis but presumably split among the six neighbors. 

Table 18.3 shows the costs that are avoided by “not building” the substation. These 
include $2.9 million PW of sub-transmission cost and the substation site ($1.5 million PW). 
Also shown is a differential transformer capacity cost: the first two transformers at a 
substation cost $925,000 each, complete. However, subsequent transformers cost only 
$775,000 each, complete. The first two transformers originally slated for this substation are 
located somewhere else in the example system — 1.e., at a substation that already had three 
transformers before the change in plan, and thus their capacity cost is $775,000 each, for a 
total cost differential of $300,000 less. 

The comparison in Table 18.3 assumes thai the additional suosiation transformers would 
fit among the neighboring substations (not a certainty, and perhaps only at additional costs 
not included here), and that the load increase in picking up the missing substation’s load 
could be tolerated by the neighboring substations’ sub-transmission (an average of 16.6% 
each), and so forth. It also neglects a number of minor costs (costs from “overcrowding” at 
some substations, the savings that accrue from the larger economy of scale in transformer 
maintenance with more at any one site). 

However, those and other factors neglected in the analysis are not germane to the central 
point of this example: the decision to build a substation at the site — to pay the cost of 
putting capacity there rather than at other, already existing substation sites — produces a net 
savings of about four million dollars. Variations in exactly where the substation goes can 
change the costs and savings, as discussed in section 18.3, affecting this net savings. But for 
the example system, the decision to locate capacity at a new substation rather than at other 
substations has a benefit/cost ratio of about 2:1.° 


> This analysis neglects entirely the impact on reliability of service. Interruption rate and duration for 
the customers in the planned (now not built) substation’s target area go up considerably, and so do 
those for the customers in the six surrounding substations (just how much depends on detail 
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When Should a New Substation Be Added? 


Re-computation of the values in at a “break-even” load of 42.7 MW (rather than 
58.5 MW) will show that for any peak load above 42.7 MW, the substation has a positive 
net value, while for peak loads below that the substation is not cost-justified. However, such 
analysis indicates little beyond a recommendation that the entire substation (all three 
transformers) be in place by the time the load reaches 73% (42.7/58.5) of its final load 
value. To begin with, the foregoing analysis assumes that if the substation is not built, its 
capacity is put somewhere else. A substation expansion plan cannot move capacity from 
one location to another easily and cheaply, putting it in one location and then moving it 
several years later.° 


Substation timing can be growth-, capacity-, or reliability-driven 


Most substation-level planning is capacity-driven: a growing load dictates that capacity be 
added to serve it. This is the classical single-Q perspective, and it is the sole justification for 
over 95% of substation capacity that is added. Given significant load growth, there is no 
real question that the capacity must be added. However, the issue of whether new capacity 
should be added at a new substation or to an existing substation depends on where the load 
is relative to the existing substations and the potential new site, and the rate of growth. 


The decision to build a new substation for capacity reasons 
centers on whether required capacity to meet new load 


should be added to existing substations or at a new 
substation. This depends on the location of the load and the 
load growth rate. 


In cases where existing substations have no remaining room for capacity additions, a 
new substation will have to be built. But such cases are very rare: there is nearly always 
some way to increase capacity at an existing substation. Even if relatively expensive, this 
cost is always less than the site, sub-transmission additions, and other fixed costs required 
for a new substation. Furthermore, the load growth dictating the new capacity additions 
may be in a location not ideally reachable from any existing substation. For example, if the 
growth is occurring at point A in rather than at point B, its location provides 
an additional reason in support of building a new substation. 

A new substation is a long-term investment: its placement in the system will reduce 
feeder capital construction costs in the near-term future (2 to 5 years ahead) and feeder © 
losses, O&M, and service interruptions over the short and long term (2 to 30+ years ahead). 
But its initial capital cost is immediate, and the investment will look justifiable only if 
sufficient future costs are evaluated to outweigh the immediate ones — evaluation on the 
basis of present costs will always favor making the addition at an existing substation. 

As an example, compares the 30-year PW cost of building a one-transformer 
substation (27 MVA) to serve an 18.5 MW peak load to the cost of adding that transformer 
elsewhere and serving the load over feeders from other substations. The substation site cost 
shows an adjustment ($300,000) from that shown in Table 18.3, and the sub-transmission 
costs a reduction of $250,000, due to building only enough site facility for one transformer. 


assumptions about how the feeder system is re-built). The cost impact of this from a value-based 
planning perspective can be anywhere from another $3.5 million to $8 million. 


® Such “moving transformer’ plans have been studied at several utilities and found to be un-economic 
except in very unusual circumstances. 
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Figure 18.20 The economic incentive to build a new substation depends on where the load growth is 
relative to existing substations that can be expanded. Growth occurring at location A provides much 


less incentive for a new substation than growth at B. 


Table 18.4 Cost Differential for “Not Building” a One-Transformer 
Substation for 18.5 MW peak load - $ x 1000 


Item 


Sub-transmission, save 8.3 miles & losses 
Increased losses on other sub-transmission 
Substation site 

Differential transformer cost 

Additional feeder system cost 


Cost Savings 
2,054 
110 
1,175 
150 
2,610 
2,720 3,375 


Value of building substation, $2,720 - $3,379 = ($659) 


Table 18.5 Cost Differential for “Not Building” a Two-Transformer 


Substation for 39 MW peak load - $ x1000 
Item 


Sub-transmission, save 8.3 miles & losses 
Increased losses on other sub-transmission 
Substation site 

Differential transformer cost 

Additional feeder system cost 


Value of building substation = $5,674 - $4,425 = $1,249 
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2,650 
454 
1,475 
300 
5.220 
5,674 4,425 
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The case for building the substation is nowhere near justifiable, even over the long run. On 
this table’s scenario, serving 1/3 of the normal substation load, the decision to build the 
substation represents a PW loss of two thirds of a million dollars over not building it and 
putting the transformer at the other station. 

The decision on whether to build a new substation for the one transformer or put the 
capacity at an existing substation depends greatly on the future load growth and its timing. 
shows this same economic comparison, but for a two-transformer substation 
serving 39 MW (rather than one-transformer substation serving 18.5 MW). 
The economics are now solidly in favor of building the new substation, with the decision to 
build the new substation representing a PW savings of nearly $1.25 million. The second 
increment of load provides a $1.908 million shift in net PW savings. 

Thus, if the load were 39 MW, then the substation would be justifiable. Suppose the 
load were growing in two stages — 18.5 MW now, 18.5 MW three years from now. A quick 
analysis using a PW factor of .90 produces an overall savings of 


Total benefit = ($659,000) + .73 x $1,908,000 (18.10) 
= $732,000 


The substation — built now with one transformer and expanded with a second transformer in 
three years — is less expensive than adding that capacity and serving the load from other 
substations, by almost three-quarters of a million dollars. In fact, if load growth is expected 
to continue at any rate such that the additional transformer capacity will be needed within 
ten years, then it makes economic sense to build this substation now with one transformer 
and add the second when needed. 


Adding substations for reliability purposes 


In some circumstances, a new substation may be justifiable in order to most economically 
meet reliability targets, rather than just for feeder-cost improvement or capacity reasons. 
In many cases, particularly when planners face load growth on the outskirts of a large metro 
area, a new substation contributes greatly to improved reliability. Construction of a 
substation at a good (near optimal from the standpoint of feeder distances) site means that 
average feeder flow distances will be shorter than if capacity is added at existing 
substations. This improves reliability because average feeder runs (and thus exposure) 
is less. It also leads to more balanced and easier to accomplish sectionalization and 
switching. 

But “reliability cases” should be treated no different than other cases: the alternatives to 
achieve the planners’ targets should be compared on the basis of cost.’ The lowest cost 
alternative ought to be selected. The only point about reliability is that when it is a target, 
there is yet more economic incentive behind the base to build a new substation and locate it 
at a near optimum site. 


Build/no build decisions 


When considering a specific substation siting decision, planners should perform a PW cost 
analysis of alternatives in detail, as illustrated here but taking into account all costs on both 
the “build” and “no-build” sides. 


7 “Cost” as used here is long-term PW cost. However, it could be only initial cost, as when budgets are 
tight, or incremental cost for budget-constrained prioritization (see [Chapter 4). All the comments 
made here would apply just as well if using that evaluation-pnionitization paradigm instead. 
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Substation Siting Interaction with Load Growth Behavior Dynamics 


Most intuition and many traditional rules-of-thumb about substation and feeder expansion 
are based upon the concept that the load density in a region or target service area increases 
at a continuous, steady rate over a very long period of time.® This viewpoint is partially 
incorrect, particularly as applied to the substation and feeder level, and its application as the 
guiding principle in planning substation expansion leads to invalid conclusions about how 
to expand a distribution system at minimum cost. 

When viewed on a wide, regional basis, such as over an entire metropolitan area, load 
growth trends do exhibit continuous and steady growth histories — except for weather and 
economic recessions, annual peak load marches upward at a steady, never-ending pace year 
after year. But at the local level, at the size of substation and feeder service areas, load 
growth trends look quite different, both spatially and temporally. 


Blocky spatial growth behavior 


First, an area the size of a substation service territory “fills up” in parcels, each developing 
from no load to complete development in a short period of time, until the that parcel is 
saturated — then growth shifts to a nearby parcel. The result is a gradual filling in of a region 
of a block at a time, as shown in 


Local “S” curve growth trend 


Most of the parcels in an area the size of a substation service territory will fill in during a 
relatively few number of years (7-18, depending on growth rate and substation size) 
resulting in a temporal trend called an “S” curve, as shown in Growth before 
and after this period of relatively rapid growth is low. “S” curve load growth behavior is the 
typical and expected trend of load development at the substation and feeder level. It and 
other characteristics of load growth at the distribution level are discussed in more detail in 
and [27] particularly section 25.2, and in Willis (2002). The reader is urged to 
become familiar with these load growth characteristics because they are typical — matching 
them with appropriate, coordinated substation-feeder expansion is one key to low cost. 


Capacity upgrades usually are needed within a short 
time after initial construction of a minimai substation 


The spatial-temporal load growth behavior shown in Figures 18.21 and 18.22 means that 
typically, capacity expansion is needed only a few years after a new substation is first built. 
The reason is that the “S” curve growth behavior that created the need for the new 
substation probably continued after it was built in its initial, not-yet-complete form. This is 
the situation for most new substations in metropolitan and suburban areas and not far 
different for rural expansion cases. Figure 18.22 shows the timing of the three transformer 
installations made at the substation. While the overall growth of the metropolitan region 
where this substation is located is only 1.6% annually, this local area is growing quite 
rapidly at the moment (see Chapter 25, kection 25.2). Most of its growth occurs in the 
decade between years 4 and 14, when over 80% of the load develops, starting from a peak 
load of only 5 MW annually to 54 MW only ten years later (as with all the substation areas 
in the example system, load eventually reaches 58.5 MW). 


* In particular, those relating to the handling of future load growth by “splitting” substation service 
areas in|Chapter 3] of the Westinghouse “Green Book” (Electric Utility Distribution Systems 


Engineering Reference Book). 
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Figure 18.21 Load grows as developing parcels of land (small areas), not as a general, region-wide 
increase in density where all areas grow equally from zero load to full density. As a result, substation 
siting and feeder expansion must deal with delivering “full load density” to an increasing number of 
neighborhoods as shown here. This means that full feeder capability (maximum designed load and 
maximum designed distance) may be needed far sooner than predicted by the “gradually increasing 
density” concept. 


Annual Peak Load - MW 


0 5 10 15 2 
Year 


Figure 18.22 Local area growth dynamics usually result in the load in a substation’s target service 
area growing in an “S” shape trend as shown here. This means that a substation’s two increments of 
additional capacity are usually required at short intervals after initial construction: in the example 
system the substation is built in year 5, when peak load in the target service area is 7 MW, the first 
capacity upgrade is made three years later (peak 21 MW), and the third four years after that (peak 45 
MW). 
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The substation is built and the first transformer installed when load reaches 7 MW (the 
“1” indicated on the plot in — prior to that the load is handled by splitting it 
among several neighboring substations that have traditionally served the new substation’s 
target load area. The second capacity upgrade is required only three years later (the “2” 
indicated on the plot), when load has reached 21 MW (23.3 MVA), for an 86% utilization 
of the single 27 MVA transformer initially put at the substation. It is worth noting that the 
timing for this second transformer installation is the most critical of the three transformers 
to be installed at the substation. At this point in the “S” trend, load growth is 7 MW (7.8 
MVA) per year — a delay of even one year would result in severe overloads. The final 
increment of capacity (the “3” indicated on the plot) is required only four years later. 

As a result of the “S” curve growth trend, the substation and its two transformer 
additions come within a seven year period, and a PW assessment of the build/no build 
decision for the substation comes down heavily in favor of building the substation. For 
although the initial investment to cover the fixed costs of site, sub-transmission, etc., is not 
justified by the load at that time (only 7 MW), the site’s utilization will grow quickly to 
seven times that load level. The utilization of the substation looks better at that load level, 
and, equally important to the analysis, the cost of trying to serve this rapidly growing, 
higher load level from nearby substations looks quite bad. 

Purely from a substation standpoint, the PW economics look even better if the initial site 
and transformer installation are delayed as long as possible — one or even two years beyond 
that shown in Figure 18.22 — perhaps until the peak load in the region is 11 or even 14 MW. 
(At a PW factor of .9, a delay of one year in a one-transformer substation site’s fixed costs 
will be worth about $320,000.) However, the exact timing of the “build” decision is dictated 
by the second aspect of substation planning affected by the growth dynamics discussed 
above — feeder reach requirements. 


Feeder load reach may be a constraint forcing 
“early” construction of a new substation 


One step that planners want most to avoid is having to build facilities or install equipment 
that will be needed only for a short period of time. The blocky spatial load growth 
characteristic shown in presents planners of a new substation area with this 
dilemma early in the substation’s lifetime — in fact before it is built. 

The classical (and wrong!) concept of load growth and feeder expansion was that the 
load everywhere in the substation area grows from low density to high at a steady but slow 
pace over many years. One result of such thinking about load growth is a concept that 
envisions feeders, when built, as having a load far less than their eventual (design) loading 
for the area they serve, so they have extra capacity, and extra reach, early in their lifetime. 
Thus, in combination with re-switching, they can be used to reach into the service area of a 
(yet unbuilt) substation to serve load there for many years until the substation has to be 
built. In this way, a substation’s construction could be delayed for a decade or more as its 
target service area filled in, with the load supported from nearby substations. 

But actually, the load in any target service area grows in parcels of near final load 
density, filling in area by area, as was illustrated in Usually, some parts of the 
feeder system see the complete, full load they have been designed to serve within only a 
few years of their construction. The concept of using them to help defer substation 
construction just won’t work because the reach is not there, and reinforcing them so they 
meet voltage-drop requirements at the great distances involved increases cost a great deal. 
For example, the area to the southeast of the substation site in Figure 18.23 has already 
developed fully by year six. 
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Five Miles 


Figure 18.23 Load growth in the target substation area about six years into development. Some areas 
of load growth are very nearly completely filled in with full load density. In this case, those feeders 
heading to the southeast and south from the substation site are very close to their final load level in 
years 5-6. Any plan that tries to defer the substation by using “long distance” feeders from 
neighboring substations while staying within range A voltage drop criteria will have to “overbuild” 
feeders at additional cost, defeating their purpose of trying to produce a savings by deferring the 
substation. 


Thus, if the feeders in the southeast part of this substation area are built to the levels of 
capacity and reach needed for the long run, then at this stage of growth (year 6), their 
voltage drop is fairly near the maximum permissible when delivering power from the 
substation site to the loads. There is little margin left for the voltage drop that would 
develop if they were split and fed from nearby substations. 

The planners in such situations have two choices. First, they can reinforce the feeder 
system, both in the target substation area and in neighboring substation that will feed the 
target area, so that the feeders can do the job within permissible voltage drop limits. This 
means building parts of the feeder system in to a longer reach requirement and reinforcing 
portions of the feeder trunks in nearby substation areas. This additional cost in year six can 
be estimated as: 9 MW (the estimated load) x 5.2 miles (the distance power must be moved 
from a nearby substation) times $7,500 (the difference in the $45,250 and $52,500 s, values 
for 12.47 kV distribution at 3.3 and 5.2 miles reach), for a value of $339,000. This 
additional expense has little long-term value, and thus has to be judged against the gain of 
delaying the substation a year (which as shown above is about $320,000 PW). 

On the other hand, the planners can build the substation, basically foregoing the savings 
of $320,000 that would accrue from delaying it another year. By providing a source close to 
the load and requiring no feeder reinforcements beyond those needed in the long run to 
serve load out of the substation, they avoid any feeder reinforcements. 

The $339,000 and $320,000 values shown here are only rough estimates based on an 
approximation formula that considered only primary aspects of the various alternatives (but 
it turns out that the actual detailed assessment, like that recommended by these 
approximations, comes down slightly in favor of building the substation in year five, not 
Six). 
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Approximate as this examination of the costs and alternatives was, it illustrated the 
principle of the substation timing decision — the substation should be built when the costs of 
delaying its construction another year outweigh the savings of deferring in another year. 

The actual decision of when to build the substation should be made with a 
comprehensive analysis of all factors involved, using the utility’s time-value-of-money 
decision-making process, whatever that is and however it is applied. The load growth 
dynamics illustrated in 12.22, and 12.23 mean that very often this decision 
falls in favor of building the substation several years earlier than might be expected based 
purely on the basis of substation capacity economics and feeder considerations if the load 
growth were evenly distributed in both space and time. 


18.7 PLANNING WITH MODULAR SUBSTATIONS 


Modular substations are “factory built” substations as described in[Chapter 16, Typically 
they are built on metal platforms or “skids” (metal pallets), with a complete substation 
consisting of one or two modules that include high-side and low-side buses, breakers, all 
control equipment, any automation requested and are delivered completely assembled and 
wired. They are available from a number of suppliers in either ANSI or IEC standards 
versions and in a variety of configurations and capacity ratings. Some manufacturers, such 
as ABB, provide considerable flexibility so that they can produce modules which fit 
together in the field to provide just about any type of substation design or number of 
transformers and breakers needed. 


Planning Advantages and Disadvantages of Modular Substations 


From the planner’s standpoint modular substations offer two advantages. The first is an 
overall lower cost, typically 25% and occasionally more than 33% less than a site-built 
substation.” The second is much quicker implementation time. Unless the manufacturer of 
the substation has a significant backlog, it can be delivered to the site in about 16 weeks 
from when it is ordered. Site labor takes only about a week. Thus, a new substation can 
conceivably go from plan to operation in only four months. 

Disadvantages from the planning standpoint include some constraints on location. The 
site must not only be suitable for a substation, it must be accessible to a truck carrying a 
substation module. This is rarely a barrier to the use of modular substations, because the 
modules and trucks carrying them are not that much larger than the construction equipment 
and vehicles that would delivery material for a site-built substation. However, it is 
something that must be checked. Also, modular substations are potentially not quite as 
flexible in design application as are customized substations. Unusual bus configurations, 
capacity levels, or construction types are not available. 


* Unfortunately, internal cost accounting practices may hide a good deal of these savings. In some 
utilities, a good portion of the labor and construction costs for projects like a new substation are 
accounted as overhead or allocated to general purposes. “Costs” for the construction of a new 
substation thus appear artificially low. 
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Figure 18.24 Close-up of the distribution substation shown in Figure 16.13] during its installation. 
The two pre-fabricated assemblies are built on large metal frames and moved to the site largely 
completed. This substation required ten days of on-site work before being placed into service. 


Planning Considerations 


Where their size and configuration will fit system needs, modular substations fulfil all of 
the functions and requirements for a traditional site-built substation. If selected so they have 
the correct capacity and configuration, they will both perform the actual job of the 
substation (transformation, protection, routing of power) and fit compatibly «vithin tie 
surrounding T&D system every bit as well as custom-designed, site built substations. From 
this standpoint they offer no disadvantages or inefficiencies that planners need consider. 

Future capacity expansion at a modular site will generally be expensive if done in the 
traditional site-built manner: engineering the new additions (e.g., a third transformer and 
low-site bus added to a two-transformer substation) and building the additions at the site. 
Expansion is more effective, quicker, and more economical if planners use the advantages 
of modular substation addition in their system expansion. For example, a 115/12.47 kV 
modular substation with two 25 MVA transformers, each feeding a low-side bus could be 
upgraded by 50% capacity by either of two ways: 


Bringing in additional modules. The original two-transformer substation can be 
expanded by bringing in additional modular packages with a third 25 MVA 
transformer, its low side bus, and the high side breakers and buswork needed for 
interconnection. 

In this case, the upgrade is made possible and much more economical if the 
substation site and original module(s) were planned for this eventual expansion. 
Planners need to determine if capacity upgrades are likely in the future and allow for 
that where it is a possibility, by having the site sized appropriately and the original 
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modules positioned so there is space for the upgrade later on. This is really no 
difference and no more difficulty than similar provisions that must be made when a 
traditional site might need to be upgraded (i.e., planners would need to leave room 
for that third transformer even if this were a traditional site). 


Moving the substation and replacing it. The original modules with their 25 MVA 
transformers and compatible buswork, etc., can be removed and replaced with 
modules that have 40 MVA transformers and equipment. The “used” substation can 
then be moved to another site. This is often facilitated by the way the substation is 
“modularized.” The two transformers can be removed and replaced individually, so 
that the site is never completely “shut down” but remains in service with at least half 
of its original capacity at any time during the change out. 

Here too, planning in advance enables the expansion to be more economical and 
to go much more quickly: the site and the original modules should be laid out to 
facilitate replacement. The system planning in this case is quick but a bit more 
complicated, because this approach to upgrading a substation is only cost-effective if 
the “old” modules can be re-installed and utilized at another site, relatively soon after 
their removal from the original site. In a large utility system with a growing load, this 
is seldom a problem. In a smaller utility system, or one with little load growth, this 
can present a challenge. 


Overall Economies, Taking Advantage of Modular Characteristics 


A 30% savings in total cost of substations makes a noticeable difference in the overall cost 
of the power delivery system. Using the breakdown of total costs from Chapter 17 (fables 
and 7.4), the initial cost of the substation represents 16% of the total capital cost of 
the delivery system and 11% of its total “lifetime” present worth costs. A 30% reduction in 
the initial cost of a substation means capital costs are reduced by about 5% and total PW 
costs by about 3.5%, both quite noticeable improvements. Not included in this savings is 
any reduction in costs due to the shorter lead time, but that would add less than half a 
percent to either figure. 

These savings are significant. However, the overall breakdown of costs makes one point 
clear. The savings in substation costs are not going to be worthwhile or justifiable if they 
force compromises on the planners with regard to either the location or service territory 
served by the substations. Suppose that a range of sizes of substation from 20 to 80 MVA 
are “optimal” for a particular region’s plan when all costs (as in[Chapter 17) are considered, 
but only 30 and 44 MVA modular substations are available. Their use would force non- 
optimality on the resulting feeder system design that could cost more than the savings from 
using modular substation. 

Frankly, this is rarely a problem, because both site-built and modular substations are 
built around the same power transformers: either can be configured with one or two of just 
about any size of transformer. However, it sometimes means that automatically-designed, 
rather than standard-model modular substations are best. 


Taking Advantage of Modularity in Expansion Planning 


Often, an even greater savings can be effected if modularity is used well in the long-term 
expansion of a growing system. Planners can adopt much more of a “just in time” approach 
to substation expansion, both in their plan (what they anticipate and arrange in their 
expected schedule) and in their planning (simply not planning in as much detail beyond a 
few years ahead. 
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Table 18.6 Comparison of Site-Built and Modular Costs for the Example 


Substation from 

Item | Site Built Modular 
The site itself $155,000 $155,000 
Site preparation, permits, design, etc. $110,000 $75,000 
Initial transformer “unit” $1,135,000 $817,000 
Each additional transformer “unit” $800,000 $675,000 
Addition 25 MVA unit added later $1,284,000 $800,000 


A small part of this is because modular substations are both quicker to build and quicker to 
expand (if done right). Lead time is less, which brings all the advantages of quick timing 
discussed elsewhere, most noticeably reduced uncertainty at the time plans must be 
committed, as well as a need for less capital for less time during construction. But a larger 
savings comes from reduced expansion costs at existing substations. While a modular 
substation’s initial cost is up to 30% less than an equivalent site-built substation, its 
expansion cost is usually more than 40% less and can approach only half the cost. This is 
because the avoided labor is in the higher-cost “at an energized site” category. 

Full use of modularity, in both initial and expansion of substation, changes the ratio of 
initial versus future expansion costs. Table 18.6 compares estimated costs for construction 
and expansion of a substation, using the costs from the substation timing example used in 
Chapter 5. Here, both site-built and modular substation costs are broken out into a site cost 
(land, clearing, preparation), capacity costs (if added initially at a “cold” site), and capacity 
costs for expansion (“hot’” site). The “unit” referred to is the transformer, high- and low-side 
buswork, breakers, protection, monitoring and control, and all ancillary systems, etc. The 
site-built costs are those form Chapter 5. 

Note that the comparable costs of single-transformer substations for site-built and 
modular substations are $1,400,000 and $1,047,000 respectively — the modular substation 
costs 25.3% less. The cost of a two-transformer site-built substation built initially is 
$2,200,000 of its modular equivalent, $1,722,000, only a 22.7% savings. The marginal cost 
of modular substations, while lower than site-built, is not as much lower as their initial cost 
advantages.” 

But the big change for planners is in the relative time-value of monies for build now 
versus build later scenarios on the second transformer. In the site-built example cited in 
Chapter 5, the decision on when to add the second transformer came down squarely in favor 
of adding it at the time the substation was built: 


PW cost to add transformer initially $800,000 
PW cost to add it four years later $842,400 


The unit should be added when the substation is built, providing a PW savings of about 5% 
over waiting until it is actually needed. But in the modular case, the cost differential is far 


'© Conceivably, if one built a substation with enough transformer “units,” site-built and modular 
substation costs would be close Actually, the “cost versus MVA capacity” costs of the two 
approaches never cross — the two curves just asymptotically approach one another to within about 
11%, but no closer. 


Copyright © 2004 by Marcel Dekker, Inc. 


702 Chapter 18 


Figure 18.7 One-Page Summary of Chapter 18 


Substation siting is among the most important strategic aspects in power delivery 
planning. In systems where substations are sited well, everything else just seems to 
“fall into place” and work well. Where they are sited poorly, planners encounter 
numerous constraints, some of them manageable only at high cost. 


Substations must “tile” the utility service area. Thus, a substation’s location implies 
its service territory and that area’s boundary. That boundary must lie between it and its 
neighbors, with one or the other feeding all areas in between. 


A new substation is not added just for capacity reasons — the additional capacity could 
be added to existing sites. It is a long-term investment made to reduce feeder costs in 
the near-term future and losses, O&M, and service interruptions in the long term. 


Capacity upgrades usually are needed within a short time after initial construction of 
a substation. 


The Perpendicular Bisector Rule says that “all other things being equal every 
customer in a utility system should be served from the nearest substation.” It is a good 
guideline for substation siting and sizing but has numerous exceptions that must be 
taken into account. 


The optimum site for a substation is that where the combination of all costs is at a 
minimum. 
The largest factor affecting optimality of location for 90% of substations is the 


impact that this change in location would make on the feeder system’s costs and 
performance. 


Higher primary voltage makes a feeder system less sensitive to deviations from 
optimal substation location. 


Higher load density makes a feeder system more sensitive to deviations from optimal 
substation location. 


“Feeder center” cost. There is an “optimum” location for a substation from the 
standpoint of feeder system costs. Feeder cost to deliver the power to customers 
increases as the actual substation site is moved away from this location (Figure 18.9). 
This location is called the center of feeder cost. 


A map of total cost as a function of location is a useful too) for identifying and 
understanding how costs and spatial relationships interact in any particular planning 
situation and for siting optimization studies and documentation. 


Total cost varies much less when a proposed substation is moved away from its 
optimum site if the substation boundaries can be adjusted. 


Substations that serve areas touching on hard geographic boundaries and service 
territory boundaries are the most sensitive to siting (because of the point immediately 
above, these substation’s have boundaries that can’t be adjusted). 


If the optimum location from the feeder standpoint is within about one-half mile of 
a substation right of way, then it is usually most economical to put the substation site 
in that right of way. 


If the optimum location from the feeder standpoint is more than about 2 mile from 
a sub-transmission line, then the optimum location for the substation will be about 2 
mile from that point, in the direction of the nearest sub-transmission line. 
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less, a margin of only 19% versus 60%. As a result, PW costs are: 
PW cost to add the transformer initially $675,000 
PW cost to add it four years later $524,000 


This works out decidedly (22% savings) in favor of waiting until the capacity is needed. 

This example is representative of the general situation with modular substations. There 
is noticeably less financial incentive to “build now” than with site-built substations. 
Planners can both wait longer to decide (due to shorter lead times) if a substation is needed 
and further defer capacity additions and upgrades with a more “just in time” schedule of 
system additions. These changes are compatible with modern needs to “spend less cash 
now’’ (see (Chapter 6), and also slightly diminish the need for and value derived from long- 
range planning. 


18.8 SUMMARY: THE MOST IMPORTANT POINT 
ABOUT SUBSTATION-LEVEL PLANNING 


Plan ahead and consider ail the cost implications. 

The determination of the sites, sizes, and timing of substation additions and expansion 
in a power delivery system is the strategic planning for the power delivery system. It must 
be done while taking into account an amazing number of aspects of the T&D system, 
including the pattern of load and load growth; the interconnection and interrelation of all 
electrical levels with one another; the time value of money; natural barriers and limits to the 
system; existing facilities and capabilities, and a host of other important considerations. 
Detailed numerical analysis can provide useful guidelines and tools in substation planning, 
but many of the factors cannot be fully assessed by numerical methods, making substation 
planning partly an art, where experience, judgment, and natural inclination and talent play a 
big role in success. 

There is no better example in all of utility planning for the adage “an ounce of 
prevention is worth a pound of cure” than at the substation level. Mistakes made in the 
planning of sites, sizes, and the service areas of substations create sweeping inefficiencies 
affecting wide areas of the system that are permanent (and they usually have a negative 
impact on reliability, too). Many such problems can be avoided easily, often at no cost, 
simply by looking ahead and organizing sites, resources, and schedules well. 

If substation-level planning is done well and far enough ahead to provide direction 
and scope to the whole T&D plan, and if substation sites are well selected and if adequate 
space and access have been planned to allow sufficient capacity to be built when needed, 
then the T&D system will evolve in a relatively orderly, efficient, and economical manner, 
making the whole process look quite simple and even straightforward. But if such planning 
is not done, or is done poorly, then no amount of subsequent, short-term planning can make 
up for the lack of long-range structure and fit, and T&D planners will spend a good deal of 
their time on a series of constant capacity and voltage-drop crises — what is often called 
“putting out fires.” Table 18.7 summarizes key points from this chapter. 
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Service Level Layout and Planning 


19.1 INTRODUCTION 


The service level, which consists of the service transformers, utilization voltage circuitry 
(sometimes called secondary), and service drops, is the. final link in the power delivery 
chain. From the low side of the service transformers to the customer, the service level 
operates at utilization voltage. This voltage is too low to move power very far, or very 
efficiently, a fact that heavily constrains the design and layout of the service level. But 
despite the fact that the voltage is low, and most of the equipment is small “commodity” 
units, the service level is as essential as any other, and quite expensive and complicated in 
its own unique way. 

This chapter looks at the service level and the planning of the service level. It begins 
with a look at the service level and its role in the power delivery process in Section 20.2. 
Section 20.3 looks at the elements of the service level and at several very different 
approaches that can be taken in its layout. Despite its low voltage and apparent simplicity, 
the service level is quite difficult to analyze and plan effectively due to its load dynamics 
and the effects of coincidence, which are examined in section 20.4. Section 20.5 focuses on 
the “‘table-based” engineering methods usually applied to design the service level and at 
how these tables can be built to provide optimized designs. 


19.2 THE SERVICE LEVEL 


The service level of the power system feeds power directly to electric consumers. Power is 
obtained from the distribution feeders through service transformers, which reduce voltage 
from primary to utilization voltage (the voltage at which consumers use electricity — see 
Chapter 10, and onto secondary circuits that directly feed the electrical 
consumers (Figure 19.1). The most common utilization voltages are 105 volts (in Japan), 
120 volts (in the United States and nations that have adopted US electrical standards), and 
230 or 250 volts (in Europe and many other nations). 

Voltages in the range of 105 to 250 volts cannot move large amounts of power, and they 
cannot move even small amounts of power very efficiently over any great distance. For this 
reason, the service level consists of many small transformers, each providing power to only 
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neutral 


secondary 


stomer’s service 
entrance 


Figure 19.1 The service level consists of service transformers, secondary circuits, and service drops. 
Shown here is a typical overhead 120/240 volt (American) type of system fed from a single-phase 
lateral. (This particular transformer is shown without a lightning arrester or fused cutout, although it 
would probably have both in service.) 


a handful of customers in its immediate vicinity, with secondary circuits operating at 
utilization voltage to route power no more than a few hundred feet from each transformer to 
the property lines of each customer. Service drops are individually dedicated lines that take 
the power across the customer’s property to his meter. 


19.3 TYPES OF SERVICE LEVEL LAYOUT 
“American” and “European” Layout 


American and European distribution systems differ substantially in the layout of the 
secondary system due to the different capabilities of their secondary voltage systems. 
Utilization voitage in European systems is 250 volts, in American systems 120/240 volts. 
Engineering and analysis of American service level electrical performance is complicated 
by the dual nature of the voltage delivered. Most residential and light commercial service in 
the United States is provided as single-phase, three wire, 240/120 volt service, as shown in 
The 240 volt potential is obtained across two 120 volt line-to-neutral potentials 
that are 180° out of phase. Major appliances, such as water heaters, central air and heat, 
electric dryers, etc., are connected between the opposing 120-volt legs to provide 240-volt 
power. All other load is connected across one or the other of the 120 volt legs. Normally, 
attempts are made when wiring a house or commercial building to split circuits (usually 
each room in a house has its own circuit) between the two legs of the incoming service so 
as to balance the load connected to each 120 volt leg (e.g., four rooms of an eight room 
house on each leg, etc.). If load on the two 120 volt legs is identical, there is no net flow 
onto the middle (neutral) conductor, and the power flow is essentially 240 volt. 

However, in practice, actual customer loads are seldom completely balanced between 
opposing legs, and the service drops in most American systems, as well as the secondary 
circuits to some extent, see a mixture of 120 volt and 240 volt power flow from most 
residential and light commercial customer loads. As a result, from the standpoint of 
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126.0 volts 


112.7 volts 113.3 volts 


Figure 19.2 Standard practice in the United States for residential and light commercial applications is 
120/240 volt (nominal) volt service. Three conductor service drops provide two 120 volt legs, with 
240 volts between them. Shown here are typical current flows and voltages that result from residential 


service (see next page). 


Table 19.1 Distance Power Can Be Moved at 2.5% Voltage Drop for 4/0 Direct 
Buried Service Cable (600 V Alum.) as a Function of Loading - Feet 


Load - kV Typical 120/240 mix 250 V 1-P 250 V 3-P 
5 1230 2755 4800 
10 630 1375 2375 
25 260 550 950 
50 120 275 475 
100 - - 235 

120 voit secondary 


250 volt secondary 
OO 
$% customer O37 kVAtransf. —- () 200 KVA transf. 
= 3-Phase feeder —primary lateral — secondary circuit 


Figure 19.3 Restricted to a shorter secondary circuit load reach, American systems (top) must locate 
service transformers within 150-200 feet of customers, meaning many small transformers must be 
used. The higher European utilization voltage and 3-©@ circuits (bottom) mean secondary circuits can 
reach farther, and fewer but larger transformers are used instead. Shown here is service to 48 homes, 
each with a load of 6 kVA, as it could be arranged in either system. Note the European system 
requires no primary voltage lateral. 
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moving power the line can reach only 260 feet (including service drops).' But at 250 volts, 
this same cable can be depended upon to move power over 500 feet, almost two times as 
far, covering an area nearly four times as large. Many European urban and suburban 
systems use three-phase (416 volt phase-to-phase, 250 volt phase-to-ground) low voltage 
circuits, which can move power farther still, covering even larger areas, as shown in the last 
column of 

The distance that the secondary circuitry can move power is the major constraint on the 
overall layout of the service level, for transformers must be located within this distance 
from the customers they serve. As a result, American distribution systems tend to use very 
small service transformers — typically 15 to 75 kVA — each serving only a dozen or fewer 
households or business within a radius of 100 to 250 feet from their location. By contrast, a 
system utilizing 250 volt secondary can have each service transformer cover on average six 
times as many customers, and hence transformers in European systems are typically 100 to 
500 kVA. illustrates the difference in layout of single-phase residential service 
for typical American and European systems. Many European systems utilize three-phase 
secondary circuits, which can reach even farther (see Table 19.1), and as a result, service 
transformers are often 1,000 kVA or more. The three-phase secondary circuits essentially 
fulfill the delivery function performed by single-phase laterals in American systems. 


Network Versus Radial Secondary 


The vast majority of service-level systems are radial, as depicted in and 


However, secondary networks are typically used in the very high-density downtown cores 
of large cities, and in other applications where extremely high reliability, at high cost, is 
preferred over more typical reliability and cost levels. The secondary network is fed from 
numerous service transformers, which are themselves fed from interlaced feeders (see 
Chapter 1, and and accompanying discussion). 

Secondary networks are expensive for a number of reasons. To begin with they require 
quite expensive protective devices — network protectors — to provide both fault isolation and 
prevention of backfeed in the event of equipment outages. Second, they are expensive to 
engineer, requiring network analysis for both normal and protective engineering studies. 
Third, in some networks, line segments are greatly oversized for a variety of reasons 
including contingency and foad dynamics, which increase conductor cost by factors of two 
to four. 

Distribution network engineering is well covered in several references, and will only be 
summarized here, later in the chapter. Less than 1/10 of one percent of power in the United 
States is delivered over secondary networks. Most secondary is radial, although secondary 
may occasionally be operated as closed loops. 


Overhead Versus Underground 


Like the transmission and distribution levels, the service level can be built either above or 
below ground. While the equipment used and the detail engineering required differ, 
depending on overhead or underground application, the concepts, functions, and layout 
guidelines for service-level planning and operation are similar. 

Often, in residential and suburban areas, where primary laterals and service lines can be 
directly buried, and pad-mounted transformers and switchgear can be used, underground 


' This follows the author’s rule of thumb that 120/240 volt service can generally reach twice as far as 
120 volt service (normally if voltage is doubled, reach at any load level would be four times as far, 
but imbalance among the 120 volt legs cuts this in half). 
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service has a lower cost than overhead service would. However, where duct banks must be 
used for all wires, and vault-contained transformers and switchgear are required, costs are 
much higher. 

Usually, underground service is considered potentially more reliable because 
underground lines and the pad-mounted or vault-contained transformers that go with them 
are less prone to weather, tree, and lightning damage. Regardless, operating results at most 
utilities indicate that overhead and underground systems differ substantially in their 
reliability. Generally, underground has far fewer outages, but any outages that occur last 
much longer. 


Many Transformers and No Secondary Versus 
Few Transformers and Lots of Secondary 


illustrates two very different ways to lay out an American system’s service 
level — what are called the “many transformers/no secondary” and the “few 
transformers/lots of secondary” approaches to service-level design. The “many 
transformers” approach is aimed at minimizing secondary level losses by eliminating as 
much of the utilization-level power flow distance as possible. Despite the short distances 
involved, and even when using very large conductor, losses at the 120-volt level are 
appreciable. The “many transformers” layout uses many small transformers, all located at 
or near the customers’ property lines, to eliminate all utilization voltage circuitry except the 
service drops. Typically, a system laid out with this approach will have a customer to 
service transformer ratio of about two to one. 

By contrast, the “few transformers” design typically has a customer to transformer ratio 
of somewhere around ten to one. This alternative approach uses far fewer, but much larger 
transformers. It achieves a considerable savings in transformers compared to the “many 
transformers” design because there is a very great economy of scale among small service 
transformers (a 75 kVA transformer, installed, probably costs only twice as much as a 15 
kVA, installed, despite having five times the capacity). However, what the “few 
transformers” approach saves in transformer costs, it gives away, at least in part, by 
requiring extensive service level secondary circuits (a noticeable but not outstanding capital 
cost) and having much higher secondary losses (they may nearly equal those on the entire 
feeder systeii). 

Both types of approach are popular within the industry, and each design has many 
proponents — utilities that have standardized on one or the other and individual planners 
who will swear that one or the other is far better. It is important to zealize that intermediate 
designs (for example, a layout utilizing a customer/transformer ratio of four to one) are 
possible. With properly selected and sized equipment, either approach, and all intermediate 
approaches to service layout, can provide good service. 

Generally, one or the other of the “many transformers” or “few transformers” 
approaches will provide better economy in any particular application, but comparison of the 
electrical and economic performance of the two approaches and selection between the two 
(or better yet, optimization of some intermediate design between these two extremes) for 
any specific application is surprisingly complex and difficult to accomplish. Most studies 
attempting to evaluate economy at the secondary level fail due to poor approximations of 
the load dynamics interaction with losses and capacity costs, as will be discussed in the next 
sections). 

In underground distribution applications, it is quite common for secondary voltage 
circuitry to consist only of service drops, with no shared power flow among customers, as 
depicted in This is done mostly because it means construction requires no 
branching or “T”’ splices of the low-voltage cable, and also because it provides slightly 
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“Many transformers” 
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Figure 19.4 Two approaches to lay out an American service level system. At the top, many small 
transformers are arranged so that no secondary circuitry is needed, only service drops, minimizing 
power flow (and losses) at utilization voltage. At the bottom, large conductor and lengthy secondary 
circuits permit the number of transformers to be reduced by a factor of six, with a consequent savings 
(the four 75 kVA transformers will be much less expensive than the 24 10 kVA transformers), but the 
lengthy secondary power flow will produce considerable losses. 


“Long service drops” 
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Figure 19.5 An alternative with the “many transformers” approach, particularly in underground 


applications, is to use no shared secondary circuits, but instead run dedicated service drops from the 
transformer to each customer. 
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superior voltage drop to customers at relatively long distances from the service transformer. 
However, it costs a bit more than shared circuitry. It also is thought to slightly reduce 
harmonics propagation from one customer to another in some cases. 


19.4 LOAD DYNAMICS, COINCIDENCE, AND THEIR 
INTERACTION WITH THE SERVICE LEVEL 


The planning and engineering of the service level is fairly straightforward (it will be 
discussed in more detail in section 19.5), except for one complication affecting nearly every 
aspect of analysis and evaluation. In particular, cost-reduction and electrical performance 
evaluation must take into account the dynamic nature of the electric load as seen by the 
secondary level. 

Service-level equipment is very close to the consumer loads, operating in an electrical 
environment where there is no coincidence of electric load. As a result, the service drops, 
secondary circuits, and service transformers often see peak loads much higher than might 
be expected based on coincident load research data, and they can see significant shifts in 
their loading on a nearly instantaneous basis. The degree to which these load dynamics 
affect economy and voltage behavior is not generally appreciated. 

compares the non-coincident load curve for a typical all-electric household 
(left side from Ciapie: 3 Figure 3.2. with the coincident load curve for the same customer 
sub-class (from [Figure 3.6] lower right). The coincident load curve has a peak load of 9.2 
kW (this particular customer is an all-electric house of about 2200 square feet) and exhibits 
the smooth 24-hour load curve commonly used to represent coincident customer class load 
characteristics. As explained in Chapter 3 this daily load curve shape is what a feeder or 
substation, serving many customers, would see. For example, a feeder serving 707 of these 
homes would see a load curve of the shape shown on the right side of Figure 19.6, with a 
peak load of 707 x 9.2 kW = 6.5 MW, a daily energy demand of 112 kWh, and daily load 
factor of 55%. 

However, every one of the 707 service drops leading from the service transformer to 
each of those 707 customers would see a load whose behavior resembled that shown on the 
left side of Figure 19.6. Daily energy (area under the curve) would be 112 kWh, but peak 
load is 22 kW, but instead of a smooth flow of energy peaking at 9.2 kW, the daily 
electrical usage would consist of erratic, apparently randomly timed “needle peaks” as high 
as 22 kW, as major appliances (heat pumps, electric heaters, cooking) turned on and off. 
Load factor is 23%. (The reader who does not understand the difference in load curve 
shapes, peaks, and load factors, and their cause, is urged to refer to Chapter 2.) 


Voltage Drop and Losses on Secondary Circuits Are Much Higher 
than Estimates Based on Coincidence Load Curves Indicate 


compares the service-level voltage drop that results from delivering the smooth 
9.2 kW peak coincident load curve shown on the right side of Figure 19.6 versus the actual 
non-coincident load curve, and is based on 4/0 triplex UG service drops. It results in a 
calculated voltage drop of 2.4 volts if estimated based on coincident load behavior (i.e., the 
smooth curve and the 9.2 kW peak). In fact, voltage drop reaches 3.4 volts, as shown, due 
to the non-coincident load behavior. 

Thus, what is assumed to be service that is just within standards (2.4 volts is the 
maximum permitted at the service level for this particular utility) is, in fact, more than a 
volt beyond the permissible limit. In addition, Figure 19.7 shows that the voltage at the 
customer service entrance varies almost instantaneously by nearly 3 volts as various heavy 
appliances (heat pump, etc.) turn on and off, creating what is probably very noticeable 
lighting flicker in this household. 
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Figure 19.6 Left, winter peak day load curve of a typical all electric home (= 2,250 square feet) in a 
suburb of a large metropolitan area in Texas sampled on a five minute basis (from Figure 3.2}. This is 
the load that the service drops leading to this particular customer sees. Right, coincident peak day load 
curve for a customer sub-class consisting of all-electric homes that are from 2,000-2,500 square feet 
interior space. This is the load the feeder serving this house sees in combination with its other loads. 
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Figure 19.7 Right, voltage drop on the service drops serving the household load in Figure 19.6, 
calculated using a coincident load curve (right side of Figure 19.6). Peak voltage drop is only 2.4 voits 
(2% of a 120 volt range), the maximum permitted in the secondary system — presumably service to 
this customer is within standards. Left: actual voltage drop on the service drops serving the household 
load in Figure 19.6, based on the non-coincident load curve (left side of Figure 19.6). Actual peak 
voltage drop is 3.4 volts, considerably beyond the 2.4 volt (2%) permitted. In addition, voltage drop at 
the service entrance varies by 3.2 volts. This viclates this particular utility’s flicker standards (3 volts). 
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Figure 19.8 Left, summer peak day losses for service drops serving the house in Figure 19.6. Peak 
losses are 350 watts, total losses for the day are 1.45 kWh (1.3%). Right, summer peak day losses for 
the service drops if computed using the coincident load curve in Figure 19.6. Peak losses are 62 watts, 
and losses for the day are .46 kWh (.41%). 
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As would be expected due to their ’R nature, losses display an even more dramatic 
difference between actual and “calculated with coincident load” results. plots 
the service-drop losses over the course of the peak day. Losses computed based on 
coincident load behavior (right side of Figure 19.8) have a peak of 62 W (.67%), with a 
daily total of .46 kWh (.41%). Actual losses (left side of the diagram) peak at 354 watts and 
average 60 watts — nearly what the coincident behavior analysis predicted for peak losses. 
Total daily losses are 1.44 kWh (1.3%), almost a four-fold increase. 


One of the Most Common Pitfalls in Distribution Engineering 


Evaluating secondary and service drops performance and economy with coincident load 
curves, or with load data which does not fully represent actual non-coincident load 
behavior, is perhaps the most prevalent mistake made in the design of power distribution 
systems throughout the United States and much of the world. Although most distribution 
planners are aware that service-level loads are non-coincident, that individual household 
and small business peak loads are higher than would be predicted by coincident load curves, 
and that load and losses factors at the secondary level are much worse than coincident 
behavior would suggest, they are not aware of the degree to which actual load behavior 
varies from the smooth behavior predicted by coincident load curves, nor do they generally 
appreciate the impact these differences have on their system performance and economy. 

Very often, this error is compounded by load research and load curve analysis — done 
largely on a class basis by marketing and rate departments interested only in coincident load 
behavior — that institutionalizes use of only coincident load curve data corporate-wide. It is 
further exacerbated by the fact that coincident load curve behavior is difficult to measure. 
Many load curve measuring methods cause a “filtering” of the raw data that resembles the 
effects of coincidence, so that even if individual household load curves are measured, the 
result might be what could be termed “semi non-coincident” load curve data. The load 
curves so recorded may underestimate true peak load and load and losses factors on the 
secondary system by up to 16%.” 


Load Coincidence Effects on the System 


Figures 19.7] and 19.8 and the foregoing discussion looked at the impact of load curve 
coincidence on one set of service drops. reprises ihe load curve plots shown in 
Chapter 3, but labeled with the type of service level equipment that typically 
sees each load curve shape. As explained in that chapter, diversity of load and load curve 
shape occurs over large groups of customers, but small groups of customers produce load 
curves that are intermediate, with load shifts, peak loads, and losses factors somewhere 
between those of the coincident and non-coincident extremes shown in Figure 19.6. 

Most of the equipment and circuitry at the service level, particularly in American types 
of systems, serves between one and ten customers. Therefore, it has loadings that are more 
non-coincident than coincident — with many high, short, square needle peaks and 
considerably lower load and losses factors than coincident load. As a result, voltage drops 
and losses throughout the service level are higher than might be expected if computed based 
on coincident loads. 

gives typical differences in voltage drop and losses that occur in various 
equipment in the service level, caused by the load behavior. As a result, in actual service, 


2 See Chapter 3’s, “Measuring and Modeling Load Curves,” for a summary, and Willis (2002) for 


more detail. Further, very detailed investigation of these effects is available in two Master’s degree 
theses done at New Mexico State University (Hale, 1993; Howell, 1995). 
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Figure 19.9 Non-coincident load behavior does not affect only service drops. As explained in 
BJ Joad curves for small groups of customers also exhibit aspects of non-coincident behavior. As a 
result, a secondary circuit segment serving two customers (load shown at upper left) may see voltage 
drops as much as 40% higher than expected if calculated using only coincident load curve data, while 
service transformers can have as much as a 20% greater drop than expected through them during 
needle peaks, as compared to those computed using ccincidene loads. 


Table 19.2 Typical Percentage Error between Actual Voltages and Losses and 
Values Computed with Coincident and “15-minute” Load Curve Data 


Equipment Using coincident curves Using “15-min.” curves 
Type Voltage drop Losses Voltage drop _ Losses 
Service Drops 50 % 200 % 16% 40 % 
Secondary Circuits 40 % 140 % 10% 25 % 
Service Transformers 15 % 33 % 10 % 8 % 
Laterals 3% 5% none none 
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the low voltage and high losses illustrated for the customer in and might 
actually be even more below standard than indicated earlier in this chapter, because voltage 
drop and losses in the service transformer feeding the service drops, and in the lateral 
feeding the service transformer, might be higher than calculated if based upon coincident 
load data. 


15-minute load data is often not “fast” enough to see coincidence effects 


Many utilities use load research data based on individual customer data recorded on a 15- 
minute basis. The shorter sampling periods capture more of the “needle peak” and non- 
coincident load behavior at the customer level as compared to sampling on an hourly basis 
(see Chapter 3, [Figure 3.10). However, 15-minute sampling of load curve data is not 
sufficient to guarantee that non-coincident effects are fully considered in evaluation of the 
service level. To begin with, many common statistical analysis methods remove or “filter” 
some of the non-coincident load behavior from the recorded data.’ As a result, load curve 
data sampled at 15-minute intervals may not be showing true 15-minute load curve 
behavior. 

In addition, 15-minute sampling of load curve data is simply not fast enough to “see” 
the complete effects of non-coincident load behavior on a customer or very-small-groups- 
of-customers basis. Household and small-business appliance duty cycles are often shorter 
than 15 minutes, and the accompanying needle peaks are much shorter. To capture 
completely load curve behavior and peak magnitude on a household or small commercial 
customer basis requires one or two minute sampling (sampling on a five-minute interval 
basis comes very close but misses peak heights by up to 20%). 


Coincidence effects are the first suspect 
for service or economy problems 


Whenever service quality or evaluated economy (i.e., actual voltage drops and losses costs) 
fall short of expectations based on engineering evaluation, load coincidence effects of the 
type shown in Figures 19.7 and 19.8 should be among the first suspected causes. 
Recommended policy is to always regard peak load and coincident load curve data, even if 
measured with detail on an individual customer basis, as approximate. Usually, actual load 
behavior is more dynamic, with higher and shorter needle peaks, than modeled, even when 
extreme detail and resolution has been used to measure the load correctly (Willis, 1996). 


An increasingly prevalent problem 


Traditionally, the mismatch between predicted and actual voltage drop and losses on the 
service level has not been critical to, or even noticed by, most electric utilities, because 
equipment at the service level was over-specified with respect to coincident load curve 
values. Such over-specification was done partly because of the traditional engineering 
conservatism in the power industry, but also because the type of coincidence effects 
discussed here were suspected, although data did not exist to analyze them quantitatively. 
As electric usage gradually grows, capacity and impedance margins of equipment 
installed long ago, which were once adequate to cover the problems caused by non- 
coincident load behavior, are no longer sufficient. Service voltage problems and losses 


2 See|Chapter 3| or Willis](2002), for a more detailed discussion of how averaging, addition, and other 
Statistical analysis processes can mimic the effect of coincidence, making recorded load curve data 

_ smoother, and measured peak values lower, than they actually are. The fact that both characteristics 
of the analysis and actual coincidence cause similar effects creates considerable problems. 
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costs at the service level can also escalate faster than increasing peak load and kWh sales 
values might indicate. 


Non-coincident load behavior at the service level 
means that voltage drop and losses costs there are 
very likely worse than a_ preliminary analysis 
indicates. Measuring non-coincident load curve data 


accurately, and applying it to engineering studies, 
requires high resolution data sampling and analytical 
detail often not available to distribution planners. 


19.5 SERVICE-LEVEL PLANNING AND LAYOUT 
The Service Level Is a Significant Expense 


Despite its low voltages, short distances, and the “commodity” nature of its equipment 
(service transformers and conductor are generally bought in bulk, on the basis of lowest 
bid), the service level is a significant one in the power system. To begin with, over 90% of a 
typical utility’s sales pass through the service level — it is the final link to the majority of 
revenue. In addition, this level shapes, more than any other except perhaps the primary 
feeder level, the quality of service experienced by the customer. 

And finally, the service level represents a major expense, for while its individual 
elements are without exception among the least expensive equipment purchased by the 
utility, they more than make up for this in volume — there are about 250 times as many 
service transformers in a typical power system as there are feeders. And losses at the low 
voltages associated with the service level can be quite high, to the extent that in a few 
systems they exceed those of the entire primary distribution system. 

shows the cost data for a typical 37 kVA, pad-mounted transformer, of the 
type that might be selected on the basis of capacity and losses costs as appropriate to serve 
four residential customers with a peak (coincident) load of 6.19 each (7.74 kVA each — 
the customers in the example system from Chapter 17 (see Table 17.1) , with an uncorrected 
PF of 80%) through direct-buried long service drops. PW cost per kW served works out tc 
$201. ainaue fee similar values for a 500 kVA, three-phase, European service 
transformer serving sixty of those same residential customers through a 250 volt secondary 
system. 

Overall, European service configuration is about 50% more expensive due to higher 
capital and higher losses costs as compared to the American system, but it avoids a portion 
of the laterals built in American systems, a savings not included in Table 19.4. 

The important point borne out by Tables 19.3 and 19.4 is that, American or European 
style, the service level is expensive. At $147/kW peak load served, the entire service level 
for one substation area in example suburban T&D system (58.5 MW peak 
load) would cost $8.6 million PW, making it nearly as expensive as the substation and sub- 
transmission levels combined, and roughly one-third the cost of the primary feeder system. 

gives the breakdown of total_power delivery cost for the example system, 
including the service level (this is from re-calculated with the service level 
added). The service level represents slightly more than 18% of the capital cost of power 
delivery and roughly 19% of the PW cost. Its higher proportion as PW than capital costs 
indicates that it has higher than average losses as compared to the other levels of the system 
— not surprising considering its very low voltage nature. 
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Table 19.3 Typical Costs Associated with a Typical 37 kVA Pad-Mounted 
12.47 kV/120/240 Volt Transformer and Associated Lines and Equipment to 
Serve Four 6.2 kW (Coincident Peak) Loads - Dollars 


Item Initial cost Annual cost PW 
37 kVA pad mount transformer 430 305 
Pad & other materials 27 a 
570 ft. 4/0 jriplex, junc. box, materials 700 700 
Installation labor 890 890 
O&M&T 35 302 
Secondary losses 62 538 
Transformer losses 102 878 

Total 1,922 199 3,640 
Cost per coincident kW peak 78 8 147 


Table 19.4 Typical Costs Associated with a Typical 500 kVA Pad-Mounted 11 
kV/250 Volt Transformer and Associated Lines and Equipment to Serve Sixty 
6.19 kW (Coincident Peak) Loads - Dollars 


Item Initial cost Annual cost PW 


500 kVA vault type transformer 3,700 3,700 
Vault, entry ducts & other materials 915 915 
1200 ft. SOO quadraplex, 6000 ft. 

2/0 duplex and associated materials 9,000 9,000 
Installation labor 22,300 22,300 
O&M&T 810 6,975 

Secondary losses 2,900 24,969 
Transformer losses 2,050 i7,650 
Total 35,915 5,670 85,509 
Cost per coincident kW peak 97 15 230 


Table 19.5 Cost of |Chapter 17’s| Example T&D System by 
Level, Including the Cost of the Service Level — Percent 


Equipment Initial PW 
Sub-transmission, per sub. (8.33 mi..) 7 7 
Substation - 3 x 27 MVA transformers 13 18 
Feeder System - 230 mile primary 62 56 
Service Level - 9450 customers 18 19 
Total 100 100 
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“Table-Based” Planning 


The vast majority of service-level equipment is specified and laid out by technicians and 
engineering clerks based on rules and tables developed in “generic” case studies of typical 
situations, in what the author terms “table-based engineering.”’ Very little of the service 
level as installed is actually “engineered” in the sense that detailed power flow analysis and 
equipment selection studies are done on a case-by-case basis, as is typical at the feeder, 
substation, and transmission levels. The reason is that a utility cannot afford the labor, data 
collection, and analytical cost to do so — a large and growing electric utility may have to 
engineer tens of thousands of new service connections annually, as compared to only a few 
dozen new feeders and perhaps one or two substations. Beyond this, the benefits of detailed 
engineering on a case-by-case basis, over what can be done with good table-based 
engineering, are small, and generally an effort to improve on them is not justifiable. 

shows a service transformer selection table (top) and a service drop 
selection table (bottom) for underground residential service, taken from a utility in the 
southwest United States which uses the “few transformers” and “long service drops” 
service-level layout philosophy. This utility has standardized on a set of five sizes of a 
single-phase pad-mount transformer — 25, 37, 50, 75, and 100 kVA — and three sizes of UG 
service drops — 2-7, 4/0-19, and 500-37 triplex 600 volt rated cable. 

The really significant planning at the service level goes into building the tables and the 
rules that go with them. Despite the fact that all the equipment involved is “commodity” 
equipment, that the voltages involved are “only” utilization voltages, and that no more than 
a handful of customers are ever involved in any one situation, these tables are critical to the 
efficiency and cost effectiveness of the distribution system. Cumulatively, a lot of money is 
spent on this level. This equipment is close to the customer and its characteristics greatly 
affect power quality. Thus, these tables are important, and good engineering needs to go 
into the values they specify. The values shown in Figure 19.10 are only examples and are 
not meant as recommended equipment or selection criteria. 


Use of service-level design tables 


When laying out or revising the service level plan for a neighborhood, designers consult 
equipment selection tables like those shown in Figure 19.10 to determine which of several 
sizes of transformer should be used in each application. The layout of an UG service level 


plan (Figure 19.11) would proceed in the following steps: 


1. The designer is given a plat of the new neighborhood by the developer, 
showing the lot lines, the structure footprints, and giving the square footage 
for each house. 


2. An open lateral loop is laid out following the back property lines, using 
standard cable size for the lateral, or perhaps selected from a table based on 
the number and size of homes served, as shown. 


3. Groups of adjacent homes on the plat are circled, forming groups of homes. 
The designer’s goal is to group as many homes as is possible within an area 
whose maximum radius does not exceed the voltage drop reach limits of the 
service drops, so that a single transformer can be located in the center of 
each group. 

This is a purely judgment-based step, and a source of occasional 


mistakes. For example, in the plat shown in Figure 19.10] the designer has 
circled groups of homes (clockwise, starting from the upper left), of 8, 9, 5, 
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UG DB SERVICE TRANSFORMER 
R2A: Residential -~— homes w.o. electric heat 


Average |Number of homes served 


UG-RN2 Revised 8-16-76 


UG DB SERVICE DROP 
R2A: Residential - homas w.o. electric heat 


House size Distance from Trans. (including drops) 
sq. ft 0-25 50 75 100 125 150 200 


UG-RN3 Revised 6-23-69 


Figure 19.10 A transformer selection table (top) and a service drop sizing table (bottom) for 
selecting equipment to serve residential (non-all-electric) homes. See text for details. 


Customer A 
West Elm Street 


100 feet 


Maple Street 


30 meters 


Figure 19.11 Plat of a new housing development showing the initial layout of the feeder system, with 
a loop lateral, houses grouped into six groups each served by one transformer, and routes for the 
service drops. Homes average 2,500 square feet. Dotted lines represent property lines. Grouping of 
homes, done by hand as indicated, leads to identification of the sizes of the transformers (circles, with 
kVA capacity indicated) from the top table in Figure 19.10. 
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5, 9, and 8 homes. Slightly better economy would result from a grouping of 
8, 8, 6, 6, 8, and 8. This would shorten the secondary runs (particularly to the 
customer indicated by “A” by about 50 feet) and also make a slight 
improvement in efficiency by taking better advantage of the economy of 
scale of coincidence (which will be discussed later in this chapter). 


4. The service transformer for each group of homes is selected based on 
average size_and number of homes, using the service transformer selection 
table (top o . The particular table shown gives recommended 
transformer size based on number and size of houses, but some utilities’ 
tables are based upon estimated total load or other factors — practices vary. 


5. The transformer’s location is determined by the designer. The goal is to 
locate it on the lateral loop, as close to the load-weighted center of the group 
of homes as is possible. Usually, this is also a completely manual, judgment- 
based step, without prescribed tables or procedure. Good judgment, based on 
study and experience, generally provide for quite satisfactory siting in this 
step. 


6. Service drop routing distance from the transformer location to each home is 

determined (this utility uses a “long service drops” layout — see 

[19.4h. Based on this length and the house size, the conductor size is selected 
from the table at the bottom of Figure 19.10. 


Given good tables and rules, the resulting layout can be excellent with respect to both 
electrical and economic performance, but the quality of the equipment selection and system 
layout is only as good as the tables and the rules developed for their application. 
Considering the amount of money spent on the service level, a utility’s distribution planners 
should put effort into careful evaluation and design of the tables, and also the rules and 
procedures used to apply them. 


§.0 
4.0 5 75 
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PW Cost - $ thousands 
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Figure 19.12 Economic evaluation of PW cost as a function of coincident peak load when serving 
residential customers, as evaluated for a utility in the southwestern United States for various size 
service transformers. 
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Transformer and Service-Level Conductor Inventory 


As with primary feeder systems, the first order of business in planning the service level is to 
assure that a good set of basic building blocks is available and that they were used correctly. 
An appropriate set of service transformers and an appropriate set of low voltage line types, 
along with their recommended loading limits, can be determined in a manner qualitatively 
similar to that explained in and [12|for primary feeder conductor set selection. 
However, several differences in evaluation procedure must be applied for the results to be 
applicable to the service level, and the results need to be interpreted in tables for the table- 
based engineering. Figure 19.12]shows evaluation of the PW economics of the service 
transformer set used in one utility system. 


Simple, Accurate Table Design 


Equipment selection tables and table-based layout procedures should be simple and 
foolproof, not because the people applying them aren’t capable (many distribution 
designers are very good at what they do), but because the whole point of table-based design 
is to simplify and reduce design effort, and to assure uniformity of application of the best 
equipment selection and application. In addition, unambiguous and easy-to-follow tables 
and procedures make it easier for the inevitable new employees to learn the system and 
apply it correctly. This lowers cost and improves quality. Tables and procedures are best 
based upon data that are available to the designers (e.g., number of houses, square footage, 
distance in feet), as opposed to using values that require interpretation, translation, or 
calculations based on data values (e.g., coincidence factors, load factors, peak responsibility 
factors). They should be unambiguous in their interpretation by the user. 

The span of all tables should cover all possible situations — even if improbable. As an 
example, the service transformer selection table in has appropriate entry 
spaces for up to 15 houses, of up to 4,000 square feet. It is doubtful if any one service 
transformer would ever serve 15 houses of such size (it is unlikely in most cities that so 
many single family homes would fit within the reach distances of service drops from one 
transformer). 

The tables should also clearly indicate when its situation or application is not permitted. 
Note that both tables in Figure 19.10 have “NP” (Not Permitted) in some instances. This 
indicates that, for one or more reasons, the application is not permitted and service must be 
rearranged or design changed to avoid equipment applications that fall into those categories. 

The economic evaluation method used to determine the members of the transformer and 
conductor sets can also be applied to ascertain the values in the engineering tables. In 
general, to provide an accurate set of tables, it must be applied several times, varying the 
customer type load shapes used. For example, all-electric and non-all-electric loads and 
load characteristics differ enough in most systems that service-level equipment needs are far 
different. A set of tables should be developed for laying out all-electric homes and another 
for residential service in areas where gas distribution is available or gas appliances are 
prevalent. More generally, load characteristics differ sufficiently from one customer class to 
another that the most satisfactory table-based service and cost minimization results are 
achieved when tables are developed for each customer class or major customer subclass 
(e.g., residential all-electric). 


Computer-based tables and service-level guides 


While tables and procedures as described here can be applied efficiently by hand, they lend 
themselves easily to implementation by computers. This may involve nothing more than 
listing them as tables, plots, and graphs available on the computer, for “manual” 
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application, or perhaps adding some spreadsheet and table-look-up capability to ease their 
application. On the other hand, such tables and procedures work well as the core of a “rule- 
based” expert-system (artificial intelligence) program, which can be developed to shorten 
the design process, apply selection criteria more precisely, and identify and change its rules 
to a wider range of exceptions and unusual situations. Such computerized systems can 
improve design quality and reduce labor requirements. However, computerization should 
not disguise the fact that the final quality of service and economy is only as good as the 
analysis and evaluation methods that went into selecting the table values. 


Interaction of Sizing Tables with Coincidence of Load 


The chief difficulty in developing accurate and effective tables to specify equipment in 
table-based engineering is assessment of the coincident load effects, of the type discussed in 
Section 19.4. Unlike the evaluation of primary conductor done in Charter tiland i2,Jat the 
service level load factor and curve shape change significantly as a function of the amount 
of load served. These changes are sufficiently dramatic that accurate evaluation of 
equipment application and layout can be achieved only by assessing these changes. 

The major reason to assess load coincidence is to improve cost-minimization, not 
because there are doubts about whether service-level equipment may fail in the presence of 
the high, non-coincident peak load behavior. Generally, equipment at the service level 
could be sized based only on coincident peak load, and provide adequate reliability and 
durability in service. However, optimal reduction of cost can only be done through 
assessment of non-coincident load behavior. 

For example, the single household load curve on the left side of has needle 
peaks that reach 22 kV, but a typical 15 kVA service transformer could serve this load quite 
easily. When doing so, its internal temperature build up would correspond almost exactly to 
what would occur if it were serving a completely coincident, smooth load curve (right side 
of Figure 19.8) which peaks at only 9.2 kW (11.5 kVA at 80% PF). Temperature rise inside 
the transformer takes time, even when severely overloaded, and the needle peaks never last 
long enough to result in really stressful temperatures. Similarly, the ability of low-voltage 
line segments to handle the needle peaks is not a dramatic concern either if they are sized to 
handle the coincident load. In general, if sized to handle the coincident peak expected as a 
result of a customer or group of customers, a line or transfcrmer can “get by” without 
damage when serving the actual, non-coincident load curve. 

But its losses may be much more than expected (as was illustrated in Figure 19.8), so 
much higher due to non-coincidence of load (as opposed to what they would be if serving 
the coincident load curve) as to dictate a shift to larger equipment solely to reduce their 
cost. 

For example, suppose a 100 foot segment of 750-61 triplex is serving ten of the 
customers whose peak day load curve is diagrammed in Although each 
customer’s individual load curve is choppy and has a needle peak of 22 kW and a losses 
factor of only about .10, due to diversity of load this line segment would see a fairly smooth 
load curve, quite similar to that shown in for “lateral.” It would have a peak 
load of only about 115 kW and an annual losses factor of about 33%. Annual losses would 
be about 8200 kWh (2%), with an annual losses cost (at 3.25 cents per kWh) of $266. 

Based on that result, a planner might expect that a 100 foot segment of 2/0-19 triplex 
(which has roughly five times the impedance of the 750-61 triplex) serving two of these 
customers would develop about 1640 kWh of losses per year for an annual losses cost of 
about $53. But instead, due to the non-coincident load shape, losses are 3000 kWh, with an 
annual cost of $103 — nearly twice as much per customer. 
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Due to load coincidence effects, there is 
equivalently more incentive for distribution 


planners to specify a larger conductor in 
order to reduce losses when serving only a 
few customers than when serving many. 


In this particular case, the best choice for the utility is to “double up” the conductor for 
the ten-customer service. Since 750-61 is the largest standard triplex available, loading is 
reduced by splitting the load among two 750-61 triplex conductor sets, each serving five 
customers. This cuts losses costs by 50% at a capital cost increase of about 33%. However, 
the best “‘upgrade”’ for the line serving a single customer is to double it too, and increase 
capacity by a factor of two, from 2/0 triplex serving two customers to two sets of 4/0- 
triplex, reducing losses by nearly 85% at a capital cost increase of 40%. 

Qualitatively, this is a very general result, applicable to nearly all utility systems, but the 
numerical results vary from one utility to another. The important point is that when building 
tables such as shown in the evaluation should use peak and losses factors 
appropriate for the groups of customers involved: a completely non-coincident curve for 
single customer evaluation; a smooth, completely coincident one for groups of 25 or more; 
and values representing “intermediate” load coincidence for customer counts in between 
shows several intermediate curves). This applies both to conductor selection 
and service transformer selection. 

Furthermore, as was illustrated in voltage drop is also affected by load 
coincidence in a similar manner. The voltage drop on the 2/0-19 line serving two customers 
in the example above will be much worse than it will be on the 750-61 line serving ten 
customers, even though the ratio of customers matches the ratio of impedances (5:1). Thus, 
tables such as shown in the bottom of Figure 19.10, which specify line selection on the 
basis of load served and distance, need to be based on accurate coincident behavior 
analysis, too. 


A slightly beneficial economy of scale 


Often, one result of load coincidence is a noticeably increasing economy of scale in service 
transformer application. Note in that the “linear” range of transformer 
application from is actually a curve with a slightly decreasing slope as peak 
load is increased. The curve shown is for service transformer application to residential 
customers (not quantitatively the same as those load characteristics shown in 
but with qualitatively similar load behavior nonetheless). 

In addition to any economies of scale due to non-linearity of costs (i.e., installed cost for 
a 100 kVA transformer may be only two times that of a 25 kVA transformer), grouping 
customers in large blocks improves the losses factor of the resulting load curve, lowering 
losses costs. Thus, there is a noticeable economic bias, typically 5 to 10% beyond what 
might be expected based on coincident load behavior, in favor of the “few large 
transformers” layout over the “many transformers” layout, and against the “long service 
drops” approach and in favor of using shared (but much larger) secondary conductor where 
feasible. 
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PW Cost - $ thousands 


0 
0 5 10 15 20 25 30 35 40 45 50 55 60 65 70 75 80 85 90 95100 
Peak Load - kW (80% PF) 


Figure 19.13 The PW cost-versus-peak load performance of the service transformer set (dashed line) 
is better than linear behavior (solid line) due to the improved Josses characteristics of the coincident 
loads of large groups of customers. Thus, its slope gradually decreases, as shown. This means there is 
more incentive than would otherwise be the case for planners to try to use a “few large transformers” 
layout. Most systems and customer classes exhibit sufficient coincidence of peaks that this is the case, 
but the increasing economy of scale shown here (amounting to nearly 14%), while representative of 
most systems, is among the greatest the author has seen). 


Complicated layout decisions 


It is impossible to generalize recommendations about service-level layout and equipment 
selection. The wide range of possible variations of load characteristics and coincidence 
behavior from utility to utility and from class to class means that it is impossible to 
determine whether a few- or many-transformers approach is best, or to determine any of the 
quantitative details of equipment selection and loading without very comprehensive 
analysis. 

The examples given above indicate the complexity of design decisions involved at the 
service level. The service level sends mixed signals with respect to economy — there is a 
definite increasing economy of scale in utilization of equipment (Figure 19.13), and yet the 
best specific practice in the example of secondary-line sizing given above was to split 
routes into smaller groups of customers, for both large (10 customers) and small (2) groups. 
This is typical — determination of the layout of the service level requires detailed evaluation 
and compromise between conflicting economies, in addition to careful assessment of 
voltage drop constraints. 

Selection between the two basic layout styles (i-e., “many transformers” or “lots of 
circuit’), evaluation of equipment suitability and loading standards, and development of 
design tables must be done almost on a case by case basis, for every customer class, for 
grades of customer density as that varies throughout the system, and for every micro- 
climate (different climatic regions of the service territory). All of this detail and effort is 
worthless unless load coincidence is properly and accurately assessed. 
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19.6 HIGH RELIABILITY SERVICE-LEVEL SYSTEMS 


Between 20 to 33% of all customer interruptions (as measured by customer-minutes 
without service) are caused by failures at the feeder and service level. Repairs at this level 
often have longer repair times than at the primary level. This is because service lines are 
generally not near the street where they are easy to find and fix, because they are often 
underground which means they take longer to repair, and because they are often on, under, 
or over private property with its attendant access issues. Further, during storm restoration, 
interruptions caused by service-level outages often go unrepaired for hours or days. 
Emergency work orders associated with only a handful of customers, as is typical of most 
service-level repair, generally wait while priority is given to repairs that repair the overall 
integrity of the system and/or restore service to large groups of customers.* 

Thus, building the service level so that it is “extra reliable” (capable of withstanding one 
or more outages of components in any area without interrupting power to any customer) is 
one way to improve service reliability. Beyond this, if the service-level design follows any 
of several “high reliability design approaches,” it can also provide a contingency backup to 
some of the outages that occur on the primary distribution system. will discuss 
generalized concept, theory, and application of this idea in general, of one level of the 
system covering reliability problems in another, and show how it can be applied to 
optimally capitalize on such capabilities in a power system. This discussion will limit itself 
to the specifics — how service-level designs can be made more reliable to cover outages at 
both the service and primary level and when this is appropriate. 

As is nearly always the case, designs that provide more cost more. High-reliability 
service-level designs often have a considerable price premium over minimal “get the job 
done and meet the standards” approaches. However, they have several advantages. First, 
with the possible exceptions of network protectors, all of the equipment involved is very 
robust — with long expected service lifetimes and low or non-existent maintenance 
schedules. Many of these designs are as close to “fix it and forget it” as a utility will find. 

Further, and a very important point to keep in mind, is that service-level facilities are 
very local. Any one service-level facility serves only a very small area of the system, often 
just one customer and never more than a handful. This very local nature means service-level 
engineering is the ideal. venue for site-specific targeted reliability solutions — designs that 
apply “differentiated reliability,” offering higher, or premium, reliability to specific 
customers that need or want it. Quite often, the most cost effective, or perhaps only 
effective, way to assure high reliability at a location is to use local reinforcement of the 
service itself. 


Arranging High Reliability at the Service Level 


Bolstered reliability is arranged at the service level in the same manner one obtains it 
anywhere in the power system. Planners must arrange an artful combination of: 


- redundant pathways for the power flow 


- capacity margin (“contingency” margin) 


* From the monetary perspective, one can say that the marginal cost of reliability for O&M functions 
at this level is quite high. It may take as little as only a third as much time and just half the number 
of linemen for a crew to repair a downed OH secondary circuit as to put up a downed primary feeder 
— just one-sixth the cost. But the primary line probably leads to many more than six times the 
number of outaged customers — several hundred rather than a dozen. 


Copyright © 2004 by Marcel Dekker, Inc. 


726 Chapter 19 


- switching, sectionalization (protection) 
- automation 


There are several ways that these concepts have been applied at the distribution level. 
These are presented below in a hierarchical form of increasing complexity and reliability of 
service. All depend on protection and/or automation to detect and isolate failed segments, 
taking them out of the system, then relying on electrical flows to re-distribute themselves 
among redundant pathways through the rest of the system. If the protection or automation 
does not work well, these solutions will provide no more (and potentially less) customer 
service reliability. 


Fused Service Laterals 


Fusing individual service drops, or small sections of an extensive utilization voltage circuit, 
is a way to improve the reliability of service, particularly in overhead circuit_areas with 
many trees. In such an OH system designed to a “lots of secondary” approach (Figure 19.4}, 
a significant portion of service-level exposure to damage from wind, ice, and trees is due to 
the utilization circuit and service drops. Fusing individual service drops or service drops 
means that faults due to failed drops or line are isolated, and the fault is not cleared by 
isolating the service transformer.’ This approach can cut overall SAIDI in systems with a 
high ratio of meter points/service transformer by up to 8%. Generally, protective 
coordination is possible in two tiers (some sectionalization of the circuit if it is lengthy and 
each service drop). Payback (reliability gained per dollar invested) is often not outstanding, 
but the step is a simple and very robust one, and can be a fairly effective measure to 
improve service quality. 


Loop Service Circuits 


Loop circuits are widely used at the primary level, particularly for single-phase suburban 
UG service, where they are de rigueur in many systems. A loop, while not a true network, 
provides one additional path for power flow as compared to purely radial service, and due 
to the lower likelihood of multiple failures, often provides nearly the same reliability 
improvement as a network. The same design concepts for loop circuits apply to the service- 
level as at the primary level, with no notable exceptions or differences except those due to 
the changes in economics and the differences in demand coincidence that planners must 
consider in arranging their system layout and equipment utilization. 


Open loop service circuits 


An open loop service circuit (left side of Figure 19.14) enhances reliability as compared to 
purely radial service by providing an alternate power flow pathway if an outage occurs in 
the circuit leading to the customer. The improvement in consumer-level reliability comes 
from being able to switch flow path, rather than having to wait to repair any outage. Unless 
the open point has an automatic or automated switch, a loop circuit provides only a small 
improvement in reliability, for the switch has to be operated manually. Thus, time-to-restore 
is not outstandingly improved with an open loop design unless the expected repair time for 
the failed segments in this part of the system is very lengthy as compared to switching time. 


> Modem service drops are usually covered conductor and thus the fuses activate not when trees brush 
against the conductors but when they fall due to fallen branches, damage, etc. 
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Figure 19.14 Loop secondary designs offer some improvement in reliability. An open loop requires 
manual action and basically is an advantage only in situations where repair times are expected to be 
extensive (as they are in some underground situations). Fused loops often prove difficult or impossible 
to coordinate in anything beyond very simple situations that provide little improvement. Automated 
designs provide good reliability but have much higher costs. 


This is often the case in UG distribution and is one reason why loops are often used in 
urban underground distribution systems. 


Closed loop service circuits 


Generally, ioop designs are considered to be “high reliability” only when they are built and 
operated as closed electrical loops, as shown in the middle and right of Figure 19.14. In 
each case, a failure that leads to a fault is isolated by protective equipment (fuses or 
breakers) and service its maintained to all energy consumers except those served by the 
outaged segment. Closed loops greatly reduce the number of customer service interruptions 
caused by service level circuit failures. In some North American utility systems, particularly 
those built to the “many transformers” layout system (see Figure 19.4), failures in service 
level circuits constitute only a small portion of outages. However, in European systems, 
where the customer/service transformer ratio may be 100:1 or more and the circuit length 
substantial, loop service level circuits are common, because service-level outages constitute 
a higher proportion of the system’s cost. 

The degree of reliability improvement gained from the use of a closed loop design will 
depend a great deal on how much sectionalization can be achieved, and often that can be a 
great challenge. The most straightforward approach is to use fuses. Simple and appealing 
as this approach can be, fusing service circuits as shown in the middle of Figure 19.14 can 
be a challenge from two perspectives. The first is a pragmatic operational issue. How does 
the utility know when the fuse has blown, so it can replace it? If the loop design has done 
its job, then there is no outage and no report of a problem. The network is now an open 
loop, and vulnerable to a second outage. True, one can argue that this scheme, even with 
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this problem, will improve reliability since it will only be the second outage that causes a 
problem, so it cuts service level interruption rate roughly in half. But this remains a 
frustrating problem, with no inexpensive solution. 

Beyond this, coordination of several fuses in series at the secondary level, as shown in 
the center of may not be possible due to a combination of factors: variations 
in power imbalance across the legs (the unbalanced flows in Figure 19.2), the dynamic 
nature of coincident loads (Figure 19.6}, and the fault current profile on the service circuit. 
Practical fusing considerations may limit the fusing to only one on each side of the loop, 
providing only limited improvement in reliability. 

Often, the best way to make such a fused protective coordination scheme work with 
cascaded (series) fuses is to “taper” the circuit conductor size, using very large conductor 
near the loop source to gain a high fault current there and smaller conductor farther out, so 
shaping the fault-current profile. However, this may not provide the needed change in fault 
current levels; the profile may not be alterable to the extent needed, due to high impedances 
upstream in the system 

Automatic or automated equipment, which replaces the fuses in the right side of Figure 
19.14 with equipment that automatically identifies the fault location, isolates it, and reports 
it or leaves an indicator to be checked at periodic intervals, makes any closed-loop service- 
level scheme “smarter,” more coordinated, and ultimately more effective as an 
improvement in reliability. It also makes it more expensive both in initial capital and in 
continuing maintenance. 

A type of “closed loop” popular in Europe is shown in Figure 19.15. Here, the two ends 
of the loop are fed from different transformer/low-side buses, each fed from a different 
“direction” of a closed primary voltage loop. Continuity of service is therefore maintained if 
there is an outage in the service-level loop, of a transformer or bus, or if there is an outage 
of a segment at the primary level. 


Primary feeder loop 


O Load point 


CED Automated (breaker) 


— Line 
Primary feeder loop 


Figure 19.15 A type of service-level loop circuit (usually operated closed) with two separate feeds is 
rather close to a spot network in concept. See text for details. 
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Service-Level Networks 


“Secondary networks,” as service-level networks were traditionally called, usually involve 
the simultaneous application of two design concepts. First, the service-level circuits 
themselves may be arrayed in loops or as an actual network, with multiple paths from 
source to load and a substantial margin of capacity above the minimum needed in every 
segment. Such a service-level network, if well designed, offers near immunity of 
interruptions from service-level outages — any segment of the network can fail and no 
customer service point is left unserved. Usually, several or many segments can fail and the 
utility’s customers will see no interruption and perhaps not even a flicker or disturbance in 
their power quality as the failures occur. 

The second design concept is the use of more than one primary feeder as the source of 
power. Two, three, or even more primary feeders may serve a single network. If one feeder 
is out of service for whatever reason, power continues to flow from the others. This 
provides service interruption “immunity” from primary feeder outages, and perhaps from 
some portion of substation transformer outages, if the feeders serving the network are from 
different low-side buses at the same substation.® Together, these two design elements, 
service-level networking and multiple primary feeds, can eliminate from half to ninety-five 
percent of the interruptions seen by the typical electric system customer. 

Networks, particularly at the service level, can be challenging to engineer. The dynamic 
nature of non-coincident loads means that loadings can shift rapidly and 
significantly. If done in the normal way, the engineering load flow studies of the network 
would need to consider a number of load scenarios representing a wide range of loading 
combinations and patterns. But usually circuit paths in a network are provided with 
considerable capacity margin — perhaps up to ten times what a load flow would determine 
was the minimum needed. Part of the reason is that this means load-flow type engineering 
does not need to be done, part is because these segments must handle very dynamic loads 
and load patterns and will need the capacity for brief moments, but mostly it is because they 
may need that additional capability during outages of other segments in the network. The 
use of large conductor will be discussed in more detail later in this section. 


Spot networks 


A spot network provides higher levels of reliability than purely radial to smaii groups of 
(generally no more than several dozen) energy consumers by providing multiple pathways 
and perhaps two sources feeding (Figure 19.16). A spot network has traditionally been 
defined as “two or more network units’ supplying a common bus from which services are 
tapped.” 

The service level circuits may or may not be arrayed as a real “network” with multiple 
paths — spot networks consist of only radial service feeds. Often a spot “network” serves 


® With no exceptions the author knows of, secondary networks are always served by feeders from the 
same substation, although often those feeders will emanate from different low-side buses. The 
reason for this is that serving a network with feeders from different substations means putting the 
network in parallel with the transmission system, which can (does) lead to circulating currents due to 
voltage and phase differences across the transmission system. 


7 A network unit is a service transformer with appropriate protection which may include network 
protectors if needed. 


® For example, Electric Utility Distribution Systems Engineering Reference Book, J. K. Dillard, editor, 
Westinghouse Electric Corporation, Pittsburgh, 1958 (slightly revised, 1965), page 183. 
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Figure 19.16 A distributed network has several feed points into different places in the network, served 
from different feeders. 


only one or two customers and has service-level circuits consisting of no more than short 
leads from the low-side connection at the transformer to the customers’ meter points.’ 

Regardless, the key to the spot network is that, as described above, its multiple feeds are 
taken from different primary circuits, or different parts of a feeder loop. If either of the two 
feeder sections shown fails, the power flow redistributes onto the other, and service is 
maintained without any interruption. 

Most spot networks are built as underground construction in densely developed 
commercial areas. Primary feed may be UG or OH. Service level circuit configuration is 
often a closed loop. Typically, circuit elements are low-voltage cable in duct banks, 
considerably over the minimum size needed for load purposes. This type of spot network 
provides noticeable better service quality than purely radial service, as it can tolerate a 
conductor/cable failure or the failure of a transformer or feeder (if the transformers are fed 
from different feeders). Spot networks were and in many cases still are a traditionally 
preferred manner of providing “upper tier” reliability in UG service areas, particularly in 
dense urban areas, where cable repair times can be quite lengthy. 


Distributed networks 


A “distributed” network has two characteristics. First, the service-voltage circuits are 
definitely configured in a legitimate network configuration, or at least as one or more 
closed-loops. Second, unlike a spot network, the distributed network is fed from more than 
one service-voltage bus. Such networks can be very large, serving several hundred MW of 


° The reader should be aware that the term “spot network” has a number of different interpretations 
across the industry, some rather loosely or poorly defined. The author has encountered several 
utilities who use it to mean any “small network,” with rather unspecified technical characteristics 
beyond that it is “not large.” Another utility uses it very strictly for the use of a legitimate network 
configuration downstream from a service-level bus, regardless of how that bus is served. However, 
most rigorously and traditionally, the term spot network refers to a radial or network configuration 
on the low-voltage side, which is served from a single bus which is fed by two or more transformers 
any of which can fully serve the load, usually from different primary circuits. 
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Figure 19.17 Interlaced feeders are used to feed high-reliability networks. Here, three feeders 
alternately feed each two-feed point into a distributed network. Any one feeder can fail and yet no 
feed point is disabled. 


peak demand and fed at many points distributed throughout the network, from over half a 
dozen primary feeder circuits. 

Large distributed networks involve feeding the network at multiple locations scattered 
(distributed, hence the name) through the network, and from different primary feeders, as 
shown in Figure 19.17. More than a half-dozen feeders, from different low-side buses of the 
same substation, may be involved in feeding the network. These networks use interlaced 
feeders as a key element: no one feed point is disabled entirely if any one feeder is out of 
service. These networks can provide uninterrupted flow of power to all consumers despite 
the loss of several feeders or one low-side bus (or its transformer) at the substation. 

Distributed networks and many spot networks require network protectors at the junction 
between the service transformer and the network. They can be thought of as an AC power 
diode — they let power flow only one direction, into the network. They are required to 
prevent the network backfeeding a fault on the primary system with flows from another 
feeder through the network and back up through the cansformer Network protectors were 
traditionally one of the most expensive items for distrivuted networks. They are expensive 
and require relatively high maintenance. 

Most distributed networks are underground systems, consisting of both primary and 
service level UG circuits, and are located in densely developed commercial areas. Typically 
circuit elements include both low-voltage cable in duct banks and primary cables in duct 
banks. Separation of primary and secondary — making sure they do not co-run in the same 
duct — is a recommended practice. 

Again, as with spot networks, the dynamic nature of the loads means that “load flow” 
type studies of the service level are difficult to do in a way that spans all possibilities. And 
again, segments are generally over-sized versus normal applications for a variety of reasons. 
Primary circuit design procedure is fairly standard, except that planning scenarios are 
typically run with the entire network load assigned to each protected primary section, and 
equipment sized appropriately. 


Network and Loop Economics 


Protection and sectionalization is almost always the most expensive and difficult to 
engineer element of any high-reliability loop or network service level plan. Protective fuse 
coordination (needed to achieve good sectionalization) is usually difficult to engineer and 
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Figure 19.6 One-Page Summary of Chapter 19 
The service level consists of lines and equipment operating at utilization voltage. 
Over 90 % of the average electric distribution utility’s sales pass through the service level. 


The service level is made up of inexpensive, low voltage, “commodity” equipment 
along with circuits that are very short compared to any other parts of the T&D system. 


The service level is nearly as expensive as the substation and sub-transmission levels 
combined, because it includes a lot of that commodity equipment. 


Utilization voltage is too low to move power very far, or very efficiently, a fact that 
heavily constrains the design and layout of the service level. 


American and European distribution systems differ substantially in the layout of the 
secondary system, due to the different capabilities of their secondary voltage standards. 
Most American service level circuits are single-phase, two-leg (+ 120 V) radial circuits. 
Most in Europe are 3-phase 416 V (250 V phase to ground) open loops. 


American service-level systems are laid out in some form between two extreme design 
paradigms — what are called the “many transformers/no secondary” and the “few 
transformers/lots of secondary” approaches. 


All equipment at the service level sees non-coincident or partially non-coincident loads. 


Voltage drop and losses on service level circuits are often much higher than engineering 
estimates indicate because those estimates were based on coincident load data or load data 
mis-measured in ways that underestimate non-coincident load volatility. 


One result of load non-coincidence at the service level is a slight non-linearity of 
conductor suitability as a function of expected peak demand. 


Another result of load non-coincidence is a noticeably increasing economy of scale in 
service transformer application. 


Design rules and tables are used to “design” the vast majority of service-level equipment, 
specified and laid out by service technicians using tables developed in “generic” 
engineering studies of typical situations. 


Service-level design guidelines and teols should be carefully and accurately 
engineered. Despite the low-cost commodity nature of the equipment, a lot is purchased 
and ultimately these tables “spend” a lot of money. Voltage is so low that slight mistakes in 
efficiency can make noticeable differences in economy and performance. 


Spot and distributed networks are traditional methods of delivering high reliability where 
needed. 


Spot networks involve a single or single dual-bus feeding into a loop or network servicing 
a few (usually large) customers. 


A “distributed”’ network has two characteristics. First, the service-voltage circuits are 
definitely configured in a legitimate network configuration, or at least as one or more 
closed-loops. Second, unlike a spot network, the distributed network is fed from more than 
one service-voltage bus. 


Various modern technologies like automation and low-voltage solid state static switches 
offer cost-effective high-reliability alternatives to traditional “network” designs. 
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may be impossible. “Smart” equipment is effective, but expensive, and may still require 
involved and intricate coordination studies and settings to work properly. By contrast, the 
cost of upgrading conductor size, whether done to assure that the network can sustain 
voltage during outages, or to avoid segment overloading problems during contingencies, or 
to gain differentiation of fault current in some areas of the network to foster better 
coordination does not carry that much of a premium. (Note that this is UG construction with 
its high fixed costs and low marginal cost of adding capacity.) Approaches that use large 
conductor and “dumb” sectionalization schemes are often lower cost and much more 
robust, but may be somewhat less effective at improving reliability. 

Spot and distributed networks were traditionally a widely used mechanism to achieve 
high levels of service reliability, particularly in areas where repair times were very long due 
to urban crowding or construction difficulties. Manhattan is a good example, virtually all 
being served by interlaced feeder, distributed service-level networks. But modern 
technology has provided other alternatives worth considering — automation which makes 
single-customer “spot network” solutions quite appealing and site-specific UPS systems, 
which accomplish high reliability in a completely different manner and cover a wider range 
of potential reliability causes (all outages in the power system). Planners should consider 
these in conjunction with traditional service-level network designs. 


19.7 CONCLUSION 


The service level is composed of tens of thousands of individually simple and inexpensive 
equipment units, and usually laid out in relatively simple configurations according to 
standardized rules and tables of equipment selection and utilization. Voltage is very low, 
load behavior is complicated, losses are relatively high, and non-optimalities in design carry 
a heavy economic penalty. Table 19.6 summarizes salient points from this chapter. The 
most important issues for planners are: 


e Utilities cannot afford to “engineer” individual service level projects. Service-level 
design is normally accomplished through table-based engineering and layout 
procedures. 


e Equipment evaluation, layout, and loading guidelines are heavily influenced by 
load coincidence effects, which must be taken into account to optimize design 


properly. 


e Adjacent units of equipment can see widely differing load curve characteristics 
even though they are connected electrically. 
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Planning Goals and Criteria 


20.1 INTRODUCTION 


A viable distribution plan must not only provide good economy, but also satisfy a long list 
of criteria and guidelines for equipment, design, layout, loadings, or performance — all of 
which the utility has determined are needed to achieve its goals. These criteria and 
guidelines, and their application to the planning process, depend somewhat on the utility’s 
situation and its planning value system, or paradigm (See |Chapter 26). Regardless, they are 
tools for the planning process: planners measure the success of their plan by how the system 
meets various criteria, which measure the really important goals they want: safe operation 
of the system, dependable equipment function, and adequate service. 

To meet those criteria, planners use various guideitnes as a means to achieve these ends. 
These guidelines may be informai rules of thumb, shared among colleagues, or they may be 
very rigorously documented and applied design rules which must be followed as a matter of 
policy. Regardless, criteria and guidelines alike are really planning tools — they exist to aid 
planners in accomplishiig their real goals, which are satisfactory cost, operation, and 
performance of the system. 


Attributes, Criteria, and Guidelines 


Attributes are measures or aspects of performance that have no limit on the range of their 
desirability. Basically, the utility wants to drive an attribute to as extreme a value as 
possible. Cost is the best example of an attribute — the desire is always to drive it lower, no 
matter how much it has been reduced to date. Safety is another attribute — no injury rate 
other than zero is completely acceptable, even if a low rate might represent a real 
improvement over last year’s results. An attribute has two major characteristics. First, it is 
based upon a metric, some measure of results with respect to the system or a process, such 
as dollar measures of spending. Second, it has no effective limit(s) to its acceptable range, 
planners and the utility want as much of it as they can arrange. 

By contrast, while criteria also relate directly to a measure or results, they apply in cases 
where there are limits to the range of acceptable values of some measure or result. Often the 
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criteria exist in order to set these limits, defining a range within which performance is 
deemed acceptable (e.g., service-level voltage limits). A criterion has two characteristics. 
First, like an attribute it is based upon a metric, some numerical measure of results or 
output. But unlike an attribute it has a limit(s) beyond which there is no utility, and may be 
a dis-utility, in going. 

Finally, planners use guidelines, which are sometimes called “standards.” The word 
“suideline” will be used throughout this chapter and the next for what many utilities and 
planners call a “standard.” The word “standard” is often interpreted to mean or imply a 
legal code requirement (for example a local law requiring compliance with the National 
Electric Code). 

Beyond this, the word “standard” often implies that there is a definite correct way to 
perform a function or design a facility, and that any deviation is wrong, or “sub-standard.” 
This is often not really the case with what are really guidelines. For example, one suburban 
utility in the U.S. has a planning “standard” that requires manual pole-top switches at the 
substation and feeder tie ends of a feeder trunk, as well as at a point in mid-trunk, all 
capable of handling 50% more current than the feeder’s rated peak demand. While this may 
be a very sensible guideline that assures levels of contingency switching capability that both 
give reliability and leave plenty of switching flexibility in the operation of the system, it is 
only one of numerous ways to “build in” reliability in a feeder system, and certainly not the 
best approach in all cases. 

For that reason the term is not used here, because most “standards” of the type being 
discussed here are merely documented guidelines that the utility adheres to as a matter of 
policy, developed over time and laying out design, utilization, or equipment requirements 
that will result in acceptable balance of cost, reliability, and O&M requirements. Guidelines 
are rules or principles that apply to the design and equipment or the manner of attaining the 
performance (whether attribute or criteria). They specify the “how it is done” not the “how 
much is enough?” of planning. 

Chief among traditional criteria are guidelines for voltage level and other service 
qualities that assure the electrical needs of energy consumers will be met in a satisfactory 
manner. Safety is also a major consideration, and a number of guidelines on equipment 
loading, placement, clearance, application, and protection exist primarily to guarantee safe 
operation of the equipment and safe shut down and isolation in the event of failure. 
Protection and protection coordination guidelines have a large role in assuring reliability of 
service. One major function is to ensure as much as possible that equipment failures do not 
lead to any harm to the public or company personnel, damage to personal or company 
property, or damage to the equipment itself. 

Additional criteria and guidelines exist for reasons of efficiency or for the utility’s 
convenience. These include guidelines (specifications) to ensure that the system is built 
with compatible equipment that will fit and function together and that, when installed, will 
be maintainable in an economical and efficient manner. Beyond these, utilities often 
implement a variety of other criteria and guidelines based on esthetics and other qualifying 
factors for fitting their system into the local community’s needs. 

Many criteria and guidelines directly address their reason for being, while others address 
their goals indirectly. For example, voltage criteria directly define limits within which 
service is required. Operating voltage maintained within that limit is the goal of a voltage 
guideline. By contrast, the loading criterion for a certain overhead conductor might specify 
that its nominal peak load be no more than 66% of its maximum thermal rating, because 
that level achieves the greatest economy of operation during normal situations (best balance 
of initial versus lower losses costs) and leaves a sufficient margin for unexpected load 
growth (planning flexibility), while providing a measure of extra capacity during 
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emergency conditions (reliability). Many criteria and guidelines are developed in this 
manner: their specification achieves one or more goals implicitly. 

Together, the criteria and guidelines form a set of requirements against which the 
planning process can compare alternatives in the evaluation of expected performance and 
which can be applied in the selection phase of planning. This chapter begins with a review 
of criteria and guidelines that address voltage, voltage spread, and fluctuation. It then 
examines how operating criteria and other design criteria influence distribution planning. 


Criteria Must Be Met, Not Exceeded 


Criteria and related guidelines only have to be met, not exceeded. What separates criteria 
and guidelines from other desirable planning goals, or attributes, is that they are fully 
satisfied if they are kept to within their minimum or maximum requirements, as the case 
may be. Thus, if voltage must be between 126 and 114 volts, any value in that range is quite 
acceptable. If guidelines call for a substation to have two transformers in a breaker and a 
half scheme, and a criteria specifies that the substation cannot be loaded at peak to more 
than 166% of the lower of the two unit’s nameplate, then any design and loading plan to 
meet these requirements is acceptable from their standpoint. 


Attributes Should Be Optimized 


By contrast, planning goals — attributes ~ such as lower cost are open-ended, and the 
planner is always challenged to do better no matter how well a plan rates versus these 
particular attributes. 


20.2 VOLTAGE AND CUSTOMER SERVICE CRITERIA AND GUIDELINES 
Reason 1 for Voltage Criteria: Customer Service Requirements 


The fundamental objective of the distribution system is to deliver power to the utility’s 
customers in usable form, literally ready to use without further transformation or re- 
fashioning. “Usable form” to the vast majority of electric consumers is defined by the 
electrical requirements of the motors, lighting, and electronic equipment they employ to 
improve their lives and make themselves more productive. provides definitions 
of terms that relate to voltage and voltage criteria. 

Although utilization voltage guidelines vary, within any country or region all electric 
equipment and all electric consumers have equipment designed to operate within a narrow 
range of voltage around a guideline utilization voltage. There are several utilization 
guidelines, including an “American” system centered on a nominal 120 volts, several 
European guidelines between 230 and 250 volts depending on country, and what is called a 
“100 volt” guideline throughout Japan (it is actually a nominal 105 volts). Within any 
nation, electrical equipment on sale and in use will correspond to the local guideline. 

Most electrical equipment can operate satisfactorily within a range of supply voltages, 
usually wider than plus or minus five percent about its nominal utilization voltage. But the 
fact that equipment will function over a particular range of voltages does not mean that it 
will function well at the extreme ends of that range. Induction motors function best when 
provided with more than the minimum voltage at which they can function — losses and heat 
build up decline and power output improves as voltage is raised. Incandescent lights 
provide more illumination, but last a shorter time, at higher voltage. Many other electronic 
devices have similar voltage sensitivities. gives the range of voltage needs for 
some common types of equipment as recommended by the manufacturer and as measured 
by the author. 
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Table 20.1 Voltage Definitions and Terms 


Base voltage - the voltage used as a common denominator for the ratings and analysis of all 
equipment in a study or plan. Distribution might be analyzed on a 120 volt base, even though much of 
the equipment is at 12.47 kV level. Values at the higher voltage are converted to the guideline base for 
comparison and analysis. 


Maximum voltage - the highest voltage observed at a point during a five minute period. 
Minimum voltage - the lowest voltage observed at a point during a five minute period. 


Nominal voltage - the voltage at which equipment is rated and on which operating characteristics and 
computations are based (e.g., 120 volts at the service level). 


Rated voltage - the voltage base for equipment ratings. Usually this is the nominal voltage, but not 
always. An electric water heater may be designed for a nominal voltage of 120 volts, but its “4,000 
watt” rating determined at a voltage of 125 volts (at 120 volts it would draw only 3690 watts). 


Service voltage - the voltage at the point where power moves from utility to customer facilities 
(usually at or near the meter box). 


Utilization voitage - the voltage at the line terminals into the equipment that actually consumes the 
power (e.g., the air conditioner compressor motor). 


Stray voltage ~ a voltage induced on the neutral or “ground” of electrical equipment or flowing 
through the earth due to one or more conditions on the electric system . 


Voltage - the root square mean of the phase to phase (or phase to neutral or ground as applicable) 
alternating voltage. 


Voltage drop - the difference between voltage at two points along an electrical path, such as at the 
head and end of a distribution feeder. 


Voltage range ~ the difference between the maximum and minimum voltages permitted by guidelines 
at a particular level of the system (e.g., service entrance). 


Voltage regulation - the percentage voltage drop along a conductor path or feeder as a function of the 
minimum voltage. Given Vs as maximum voltage on a feeder and Vm as the minimum voltage, 
voltage regulation is equal to 100 X ([Vg| - [Vin)//Val- 


Voltage spread - the difference between the actual. maximum and minimum voltages at a particular 
point in the system as conditions change (e.g., as seen by a particular customer as load shifts from 


peak to minimum time). 


Voltage guidelines - minimum and maximum voltages within which voltage must be maintained by 
design and operation. 
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Table 20.2 Extreme Operating Voltage Ranges of Selected Household Equipment* 


Device Recommended Author’s Tests 
75 watt incandescent light bulb 110 - 125 75 - 160 
23 watt compact fluorescent “bulb” 110-125 112 - 146 
Clock radio 115 104 - 137 
13” B&W television (1967) 145 - 125 107 - 132 
1/2 HP 1-ph motor air compressor 110 - 125 104 - 130 
Handheld electric drill** | 110 - 125 90 - 190 
13” color television 115 - 125 107 - 126 
Personal computer 114 - 126 108 - 126 
VCR 110 - 125 106 - 128 


*Appliances tested were the author's personal property. The top six devices were tested to 
actual failure at the high end. The bottom three might have functioned well at voltages beyond 
the highest one shown, but the author decided not to push his luck. 


** Not handheld during these tests. 


Voltage fluctuation impact on customer appliances 


Although most equipment will operate over a range of voltage much wider than 10%, as 
shown in Table 20.2, this does not mean that it will provide customer satisfaction if the 
voltage fluctuates between the tolerable minimum and maximum limits. Equipment that is 
particularly well known for voltage sensitivity includes incandescent lighting and 
televisions. A majority of people can perceive the change in illumination that occurs from 
only a 3% change in supply voltage to an incandescent light, if that change occurs within a 
second or two. The image on some television sets shrinks dramatically as supply voltage is 
reduced.’ 

Other electrical equipment occasionally has voltage/performance sensitivity that is 
detectable and affects its performance. For example, the author’s tests for Table 20.2 
revealed that the clock radio required re-tuning to hold the same station as voltage changed 
(its analog tuner had to be moved slightly more than twice the width of its tuning needle). 
The air compressor (the 1/2 HP motor) required resetting of a regulator diaphragm to 
maintain acceptably smooth pressure for paint spraying as voltage varied back and forth 
within the ranges shown. In addition, the VCR had what would prove to be a frustrating 
characteristic for a customer who experienced a large spread in power supply voltage. It 
provided noticeably poorer picture quality upon playback below only 97% of nominal 
voltage, and playback tracking had to be reset whenever voltage dipped below 97%, even if 
replaying tapes it had recorded while voltage was hi gher. 


1 The tests reviewed in Table 20.2 were performed in 1994. At that time, the author tested a 13- 
inch-diagonal black and white television (circa 1967 manufacture) whose picture shrank to 11.5 
inches at 93% of nominal voltage. A 13-inch color television (manufactured in 1987) tested at the 
same time showed no variation in its picture size as voltage was varied from a high of 105% to a 
low of 92% of nominal. A recent (2003) test of a new 9-inch color television revealed noticeable 
shrinkage of picture size with reduction in AC line voltage below 112 volts. Clearly, sensitivity to 
voltage fluctuation varies significantly among different television designs. 


This poor performance was not due to harmonics added by the voltage variation method used (in the 
tests), a variable winding transformer. This admittedly low-end price VCR just had a wretchedly 
noticeable sensitivity to operating voltage. 
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For all of the reasons given above, a utility desires to provide its customers with a 
voltage that is close to the nominal utilization voltage and that seldom varies from that, and 
then only slowly. 


Reason 2 for Voltage Criteria: Utility Equipment Voltage Guidelines 


The T&D equipment used by the utility also requires certain operating ranges, both to 
maintain equipment within specified loading ranges and to assure operation as expected. 
While some equipment (conductor) can conceivably work at any voltage, the majority of 
insulators, cables, PTs, CTs, breakers, transformers, regulators, capacitors, and other 
equipment have nominal voltages for which they were designed and specific ranges of 
voltage within which they are intended to function. Equipment, particularly transformers 
and regulators, have both limits within which it is permissible to operate them and formulae 
for re-rating their capacity if operating voltage is varied even slightly from their nominal 
ratings. Distribution planning must assure that these voltage requirements are respected, 
too. 

Voltage guidelines are established by electric utilities in order to define the level of 
service they provide and as criteria for planners, engineers, and operating personnel so that 
the system can be maintained within these limits. Voltage guidelines vary widely among 
utilities, both worldwide and within the United States. Utility guidelines in the United 
States are usually based on providing customer service entrance voltages within + 5% of 
nominal voltage (126 to 114 volts on a 120 volt scale). This corresponds to Range A in 
ANSI guideline C84.1-1989, which lists 126 to 110 volts for utilization voltage and 126 to 
114 volts for service voltage.’ However, practice varies, and there are some utilities that 
permit service entrance voltages as high as 127 volts and as low as 112. Few utilities permit 
guideline minimum to dip below 112 volts under normal conditions, for although 110 volts 
provides satisfactory operation of most equipment with a nominal 120 volt rating, 
allowance must be made for voltage drop in the building wiring itself, which might require 
one or two volts. 

What is important to the distribution planners is not their company’s guideline for 
service entrance voltages, but how that guideline translates to design criteria for distribution 
planning. gives primary feeder voltage design limits for ten utilities. In 
specifying voltage at the primary level their guidelines must take into account the further 
voltage drop as power passes through service transformers and secondary service before 
reaching the customer. Generally, this “transformer and service drop” reduction amounts to 
between one and four volts, depending on the utility’s guidelines for secondary equipment 
and its layout (secondary layout will be covered in a later chapter). Beyond this, many 
utilities include a small allowance against unknown factors, inexact data, and errors due to 
approximations in their voltage drop computations. 

As a result, the range of voltages permitted at the primary feeder level is considerably 
narrower than the range of guideline service-entrance voltages. While most utilities allow a 
full ten percent range (+ 5%) at the service entrance, primary-level guidelines can be as 
narrow as 3.3%. The maximum primary voltage limit must take into account the minimum 
secondary voltage drop that could occur, usually only a volt, so that in most cases the 
maximum primary voltage limit is only a volt above the maximum service entrance voltage 
guideline. The utility must also allow for the worst possible voltage drop in secondary and 


3 Range A (105% to 95% of nominal) specifies the limits under which most operating conditions 
occur. Range B (105.8% to 91.7%, or 127 to 110 volts at the service entrance, to 86.7% or 106 
volts minimum for utilization) applies to certain temporary or infrequent operating conditions. 
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building wiring, so that minimum primary limits must be significantly above minimum: 
service entrance guidelines. Table 20.3 lists primary level voltage guidelines as applied by 
ten utilities. 

One interesting aspect of Table 20.3 is the lack of consistent pattern in voltage 
guidelines among utilities serving similar areas, due to very different layout and equipment 
guidelines. For instance, in rural areas utility twelve has a minimum guideline dipping of 
only 113 volts while utility seven allows no less than 119 volts. This difference is due to 
how the two utilities lay out their secondary systems. 

Utility seven’s two guidelines are an example of the difference layout makes. Its 
secondary layout guidelines for service “take the primary right to the back door” of most 
rural customers, as one of their engineers put it, requiring a dedicated service transformer 
and no more than 100 feet of service drop to the customer’s service entrance. There is no 
need to allow for more than one or two volts of secondary voltage drop in such a case. On 
the other hand, it sometimes uses considerable lengths of secondary circuit in addition to 
service drops to serve a group of urban or suburban customers from a single service 
transformer. The relatively long low-voltage conductor runs that result from this practice 
mean utility seven must allow up to eight volts for service-level voltage drop. Working 
back from a service entrance minimum voltage guideline of 111 volts, their rural primary- 
level minimum voltage must be 119 volts, but their urban guideline must be 123 volts. A 
utility's guidelines at the primary level are related to its guidelines at the service entrance, 
and to assumptions about secondary level voltage drop, as shown in 


Table 20.3 Maximum and Minimum Voltage Design Guidelines at the Primary 
Distribution Level for Ten Electric Utilities (120 volt scale) 


Utility Service Area Type Maximum Minimum Range % 
1 Dense urban area 127 120 5.4 
2 Dense urban area 126 117 73 
3 Dense urban area 126 116 8.3 
4  Urban/suburban 126 114 10.0 
5 Urban/suburban 125 115 8.3 
6 Urban/suburban 125 116 75 
7  Multi-state area, urban guideline 127 123 3.3 
rural guideline 127 119 6.6 
8 Suburban & mural 125 113 10.0 
9 Suburban & rural urban guideline 125 116 75 
tural guideline 127 112 10.8 
10 Urban & rural ; 127 115 10.0 
11 Rural, mountainous 126 116 8.3 
12 Rural, mountainous 127 113 10.0 
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Figure 20.1 Voltage criteria for primary-level feeder planning are related to but not the same as 
electrical requirements for the utility’s service voltage guidelines, as shown here for one utility’s 
guidelines. Primary-level voltage guidelines reflect adjustment for assumptions about additional 
voltage drop in the secondary system as well as a smalj margin to allow for inexact data and unknown 
factors. Exactly what these adjustments are depends on the utility’s guidelines and guidelines for 
laying out its system. 
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Figure 20.2 Voltage drop along a three mile feeder and its relation to the utility’s voltage guidelines. 
Shading shows the voltage drop range assumed for the service level. Whatever distribution layout is 
selected must have maximum and minimum service voltages that fall within the utility’s voltage 
guidelines, regardless of loading. The voltage profile shown above just barely satisfies this 
requirement at both ends of the voltage scale. Service entrance voltage at the first customer on the 
feeder, during light load conditions, is at the company’s maximum 125 volt guideline (120 volt 
nominal scale), and service entrance voltage at the last point on the feeder, during peak, reaches its 
minimum guideline 113 volts. 
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Voltage drop is an unavoidable consequence of moving power through electrical 
equipment, a topic that was addressed at length i What is important with regard 
to voltage criteria and guidelines is that they define a range of voltages occurring on the 
distribution system, and that the system must be designed so that maximum and minimum 
voltages fall within the company’s voltage guidelines, as illustrated in Any 
distribution system will experience some drop in voltage from source to load, and voltage 
drop will increase as load increases. 

Voltage drop can be mitigated by design and equipment changes but never eliminated 
altogether. The use of larger conductor, capacitor correction of power factor, and voltage 
regulation through application of tap changing transformers, line drop compensators, and 
line regulators can reduce both voltage drop and voltage range on any distribution feeder, 
but these measures have a cost all their own. The distribution planner’s challenge is to 
determine the minimum cost plan that does not exceed maximum permitted voltage during 
light load conditions and does not drop below minimum voltage limits during peak 
conditions 


Voltage Criteria Must Be Met, Not Exceeded 


This discussion brings up an important point — voltage drop is not a negative factor, as often 
viewed by engineers and technicians new to distribution planning. Instead, a distribution 
planner should view voltage drop as perhaps the single most useful tool available to achieve 
economy of design. Given otherwise identical situations, it is much easier and more 
economical to distribute power if allowed eight volts drop in the system, than if restricted to 
only six volts. Therefore, a distribution planner should never attempt to minimize voltage 
drop just for the sake of reducing voltage spread or regulation, because this nearly always 
incurs a capital or operating cost or forces a trade-off in achieving other criteria and goals. 
If eight volts drop is permitted within company guidelines, all eight should be used. 
Nothing should be spent to reduce maximum voltage drop to six volts, seven, or even seven 
point nine volts. Only if there is some other reason for the reinforcement should the 
planner spend resources for conductor and equipment that results in lower voltage drop. 


Voltage criteria and guidelines 
only need to be met, not exceeded. 


Voltage Criteria Are Normally Applied at the Primary Distribution Level 


In most distribution planning studies voltage is computed, analyzed, and applied as a 
criterion at the primary feeder level, with secondary voltage drops implicitly assumed based 
on prior “generic” analysis of secondary system layout guidelines. In the example shown in 
Figure 20.2, the planner’s voltage analysis, performed on the distribution primary voltage 
level for the feeder, would show a maximum voltage of 126 volts (on a 120 volt scale) 
during light load conditions and a minimum of only 114.5 volts during peak conditions. 
Implicitly, due to assumptions about voltage drop through the secondary and service drops 
(shaded bands in Figure 20.2) these voltages correspond to computed customer service 


* This comment assumes that the planner is taking all other factors, including future load growth, 
into account. If the feeder serves a new, growing area, the planner may have to allow for future 
growth, so that initially the feeder is lightly loaded with little voltage drop. But judged against the 
final design load, voltage drop should be aimed at the maximum allowed — a full eight volts. 
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voltages at that location of 125 and 113 volts respectively after adjustment for secondary 
voltage drop (shaded bands). 


Voltage spread 


The difference between the highest and lowest voltages seen on a feeder at a particular 
customer point — the change in voltage seen by a customer's equipment over time as the 
load shifts from lightest to heaviest — is called the voltage spread. In maximum 
spread from light to peak load conditions is 4 volts (3.33%) for the customer at the end of 
the feeder, quite acceptable if it does not occur too rapidly. Among utilities that have 
guidelines on voltage spread, anything up to 6% is generally considered acceptable if it 
occurs over several hours or more. Given the other voltage criteria (e.g., voltage must never 
stray outside of a + 5% range about of the nominal voltage) this is generally quite easy to 
achieve. 


Voltage flicker 


A 6% voltage spread between light and peak conditions may be acceptable because it is 
expected to occur over several hours as the daily load cycle shifts from minimum to peak 
conditions. In fact, it generally takes a change of season to bring load from the annual 
minimum to peak conditions, so that the move from maximum to minimum load and 
voltage occurs over several months. A slow change in voltage over such a long period 
usually goes unnoticed. 

A large shift in voltage within a very short time is easily noticeable. Most people can 
discern the change in illumination wrought by an instantaneous 3% fluctuation in voltage 
provided to an incandescent light. A 5% fluctuation causes a very noticeable change if it 
occurs within a second. Rapid voltage fluctuations - often called flicker — can cause 
changes in the output, sound and picture, or other performances of electrical equipment (as 
was discussed above with reference to the testing for[Table 20.1), and can constitute a 
nuisance (flickering lights, shifts in operating speed of motors) or a major inconvenience 
(constant speed equipment isn't, motors overload, wear and tear increases, and machinery 
accelerates and decelerates). For all these customer-service related reasons, most utilities 
maintain voltage flicker guidelines that require voltage change due to any sudden load shift 
to be less than some limit. Very often the major cause c? fucker on a distribution system 
will be the starting of large, multi-phase motors. As a result these criteria are often called 
“motor start voltage guidelines” or “motor starting criteria” although they apply to all 
voltage drops and loads. Table 20.4 shows flicker criteria as applied by six utilities. 


Table 20.4 Flicker Limits of Six Electric Utilities 


Utility Service Area Criteria 
Number Characteristics Voltage or % 
1 Dense urban area 3% 

2 Urban/suburban 3% 

3 Suburban & rural 3% 

4 Urban & rural 3% 

5 Rural, mountainous 4 volts 

6 Rural, mountainous none 
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While a majority of utilities surveyed define unacceptable flicker as anything greater 
than 3%, they differ in exactly how their particular criterion is defined, interpreted, and 
applied in the distribution planning process. The three guidelines given below are each 
considered a “3% flicker guideline” by the utilities using them: 


1. Flicker is excessive if it exceeds 3% of nominal voltage anywhere on the 
feeder. Here, the flicker limit is 3% of 120 volts, or 3.6 volts, and the criterion 
is applied as a voltage — fluctuations due to motor start cannot exceed 3.6 volts 
anywhere on the feeder. 


2. Flicker is excessive if it exceeds 3% of the minimum permissible service 
entrance voltage anywhere on the feeder. For example, if the utility’s 
minimum service entrance voltage is 112 volts, this gives a flicker limit of 3.36 
volts, which is applied as a voltage — fluctuations cannot exceed 3.36 volts 
anywhere on the feeder. 


3. Flicker is excessive if the voltage for any customer drops by more than 3% of 
the actual service entrance voltage at that point. Here, the criterion is applied 
as a percent, rather than as a voltage. In the example in this means 
the criterion varies from a high of 3.75 volts for the 1st customer on the feeder 
to 3.45 volts at the last customer. 


Flicker is always interpreted as a rapid, nearly instant drop or rise in voltage. As 
mentioned above, the most common cause of sudden, noticeable shifts in load is the starting 
of large electric motors, although other industrial equipment (welders, etc.) can cause 
flicker, too, and switched utility equipment such as capacitors and phase shifters will often 
cause flicker. Almost any type of motor momentarily draws a starting current several times 
its normal (full speed) current. This high load occurs instantly upon the motor's being 
activated, and (assuming the motor starts as expected) lasts but a few seconds, dropping 
rapidly to full-run current levels as the motor comes up to speed. The resulting short but 
high starting load can cause a severe but short voltage dip — a drop and then a rise as the 
motor comes up to speed — that is perceivable and perhaps inconvenient to customers 
nearby. In extreme cases, the voltage dip may be severe enough that the motor cannot start. 
An important aspect of some motor-start studies is t determine if the motor’s load can be 
supported at all — if it will even start under the severe voltage dip that its starting current 
causes. 

However, usually a “motor-start” or other voltage dip analysis is carried out to assure 
that the motor’s starting will not disturb other customers on the feeder by causing flicker 
outside of acceptable limits. A motor start case usually involves analysis of two or three 
voltage profiles for the feeder, as shown in Figure 20.3. Usually the worst voltage 
fluctuation occurs upon starting, causing differences between the “no motor load” voltage 
profile and an immediate drop to the “starting” case profile. 

Voltage drop can be mitigated by design and equipment changes but never eliminated 
altogether. The use of larger conductor, capacitor correction of power factor, and voltage 
regulation through application of tap changing transformers, line drop compensators, and 
lie regulators can reduce both voltage drop and voltage range on any distribution feeder, 
but these measures have a cost all their own. The distribution planner’s challenge is to 
determine the minimum cost plan that does not exceed maximum permitted voltage during 
light load conditions and does not drop below minimum voltage limits during peak 
conditions 
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Figure 20.3 Profile of primary-level voltage drop due to a 550 HP 3-Ph. induction motor starting on 
a 12.47 kV distribution feeder. The motor is located about 1.7 miles from the substation. Its starting 
current (3.3 times the current drawn at full speed) causes up to a 4.4% dip in voltage while starting, 
and causes a momentary dip of 3% or more over nearly half the feeder’s length. Minimum voltage 
anywhere on the feeder, even under these starting conditions, still satisfies the utility’s overall 
guideline for minimum voltage (115 volts). However this case does not meet the utility guideline for 
flicker, which requires no sudden fluctuations over 3% of voltage. 
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Figure 20.4 Flicker magnitude versus frequency of occurrence guideline as applied by one utility 
allows larger voltage dips if they occur less often. Equipment that starts only once per hour (e.g., a 
large pump motor) and causes only a 3% voltage dip would be permissible (point is below the curve), 
whereas a 3% voltage dip occurring 5 times per hour would not be within guidelines. 
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Flicker can become a problem not only at the motor location, but both up- and 
downstream of the motor location, as indicated in When flicker is a problem, 
the planner’s choice of cures may be limited, for the load and voltage shifts almost always 
occur too fast and too briefly for voltage regulation equipment to provide a solution.” The 

“cure” for such problems is larger conductor or transformers, various motor Starting 
equipment (capacitors, etc.), or limitations on the size or the operation of the motor.® 

Occasional flicker is not considered as objectionable as frequent flicker of the same 
magnitude. Therefore, many utilities apply a flicker magnitude versus frequency of 
occurrence guideline. An example graphic guideline is shown in Figure 20.4] 


Conservation Voltage Reduction (CVR) 


Conservation voltage reduction is a viable a ‘- energy reduction and conservation 
method implemented by the utility (see (Chapter 10). A number of state utility regulatory 
agencies in the U.S. require conservation voltage =a ne as a means of reducing energy 
consumption. Chapter 10 discusses CVR and its role in DSM programs in more detail. It 
will be discussed here only with respect to voltage drop guidelines and T&D planning. 
Most electrical devices have a load that varies as a function of voltage. For pure 
impedance loads, such as incandescent lighting or resistive water heaters, power consumed 
is proportional to the square of the voltage (Power = V2Z) so that a 5% reduction in voltage 
results in a 10% reduction in load. However, other loads, such as induction motors, draw 
more current as voltage is reduced, so that their consumption remains constant or even 
increases slightly (if losses are considered) when voltage is reduced. Given the load 
characteristics common to most utility systems, CVR seems to reduce load linearly, with 
somewhere between a 1:1 and 1/2:1 ratio with respect to voltage (e.g., a 5% reduction in 
voltage gives between 5% and 2.5% reduction in load). Load reduction is not nearly what 
would be expected if all load were pure impedance, but CVR does reduce load by 
measurable amounts.’ 
- Thus, to conserve energy, a particular CVR regulatory requirement may specify that no 
customer be provided with over 120 volts at the service entrance, although up to 125 volts 
is acceptable from an equipment and guidelines standpoint. Alternately, the regulatory 


requirement may specify that the feeder be operated at the lowest voltage that is permissible 
within voltage drop allowances, as shown in 


> Most voltage regulators and line drop compensators are designed to respond only after a certain 
short delay, so they do not overreact to such fluctuations but adjust only to changes in stable 
voltage that last more than several seconds. 


© In some cases the utility will permit service only under special arrangements. For example, the 
owner of a 1,500 HP compressor motor might be required to start it ae during daily minimum 
load period (2-4 AM) and to call the utility prior to starting. 


7 Numerous tests have established this beyond a doubt, verifying that an instantaneous 3% drop in 
voltage at the substation will reduce load on a feeder by something approaching 2 to 3%. This 
does not mean that a corresponding reduction in energy consumption occurs, something not 
realized in some, nor taken into account in most, CVR evaluations. In the case of an electric water 
heater rated at 4,000 watts at a nominal 230 volts, a reduction of 3% to 223.1 volts lowers its 
instantaneous load to 3,764 watts, a drop of 6%. But it still operates under thermostatic control to 
keep water at the same temperature, which means it compensates for its lower output by heating 
6% longer. After a short period (one hour) of transient adjustment to the new voltage level, daily 
kWh use of all electric water heaters affected by CVR, and the coincident contribution of any 
large group of water heaters, is exactly the same as before. (See Chapter 10). 
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Figure 20.5 Conservation voltage reduction either restricts the highest allowable customer voltage 
level to less than traditional upper limits, or requires that feeders be operated at the lowest regulated 
voltage that meets utilization requirements, as shown here in a plot of primary level voltage profile for 
a feeder before and after CVR. An additional 1.5 volt drop is assumed in secondary circuits for a total 
of only 112 volts expected at the service entrance of customers near the end of the feeder. 


This requirement reverses the traditional voltage profile design methodology. 
Traditionally, the distribution engineer started with the highest permissible voltage at the 
substation and let voltage drop occur along the feeder as the design dictated, often ending 
up with end-of line voltage that is far above minimum guidelines. CVR rules allow the 
same voltage drop, but require that the feeder be operated at the lowest source voltage that 
keeps this end-of-line voltage within guidelines. 

CVR, if required by regulation or law, can reduce the amount of voltage drop that the 
planner has available for use. This can increase cost, because as mentioned earlier, 
distributing (roughly) the same amount of power with significantly less voltage drop 
requires larger conductor or tighter and more controlled voltage regulation equipment. 
While it is questionable if the reduction in energy consumption is worth the cost in some 
cases, if regulations have set such limits, they must be respected and treated as criteria.® 


Applying Voltage Criteria and Guidelines 


Voltage guidelines are applied to distribution planning studies by computing voltages at the 
primary feeder level and comparing these computations to criteria for minimum and 
maximum primary voltage limits, levels developing from the service entrance guidelines by 
assuming certain voltage drop ranges for secondary and service transformer equipment. 
Usually, voltages for candidate designs are determined using a computerized voltage drop 


® CVR regulations do not force the narrowed voltage spread on the planner if it can be shown that 
the energy consumption savings (calculated according to a specified formula) are not justified 
when compared against the cost of additional T&D equipment required to distribute power with 
the lower voltage spread. In these cases, CVR is not a hard and fast criterion, but more of an 
additional attribute requiring additional planning effort to analyze cost against voltage drop. 
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calculation method. Both the computational methods in use throughout the industry and the 
data to which they are applied vary in quality and accuracy. 

Distribution planners should be aware of the characteristics of the particular analysis 
tools and data they are using and the conditions under which they underestimate or 
overestimate voltage drop. Regardless of computational accuracy, some allowance should 
be made for additional error due to inexactness of the load data and possible phase 
imbalance. In almost all situations, the planner will use the feeder voltage drop analysis 
method to develop a peak load case to check for low voltages during peak conditions. Often 
a light load case will be run to determine if higher than guideline voltages develop during 
light load conditions. Motor start studies are performed only when a large motor or other 
load is planned or suspected as the cause of operating problems. 


20.3 OTHER DISTRIBUTION DESIGN AND OPERATING GUIDELINES 


In addition to voltage guidelines, utilities have a number of other criteria and guidelines for 
their system equipment and its operation. These include a variety of requirements and 
limitations to assure safe and efficient service. 


Voltage Imbalance 


It is impossible to maintain perfect balance of load, voltage, and current on a distribution 
system. Many loads are single-phase, and as these cycle on and off, loading on a phase by 
phase basis will change slightly. Thus, a slight imbalance among phases is bound to occur 
and cannot be corrected. This load imbalance causes differences current, and hence voltage 
drop, among phases. Voltage imbalance is defined as: 


maximum deviation from average voltage x 100 (20.1) 


(V A@ +VBg +VCg y 3 


% imbalance = 


where Vag, Vpg, and Vcg are the phase to neutral or ground voltages from phase A, B, and 
C, respectively. 

Unbalanced phase loadings occur on many distribution systems not only because of 
minor fluctuations in load, but because of their layout and design. This is quite common in 
systems built io what are often called “American” design guidelines, which cali for: 
considerable use of single-phase laterals (in contrast to European systems which use three- 
phase in laterals and secondary). illustrates how a feeder with perfect load 
balance at the substation and end segment can nonetheless have portions with considerable 
imbalance in loading. Such situations can lead to significant voltage imbalance. 

Voltage imbalance guidelines vary, with a 4% voltage imbalance being_the most 
common limit. On systems with tight voltage guidelines (such as utility five in{Table 20.3} 
voltage imbalance criteria are often much tighter, usually limited to one-half of the 
maximum voltage guideline range (e.g., 3.3% when voltage guidelines range is 6.6%). 
Imbalance criteria are always applied as voltages — load imbalance per se is not 
objectionable, if the resulting voltages is within limits. Only when load imbalance causes 
unacceptable voltage imbalance must the planner adjust system design. Balance is a 
desirable goal whenever it can be accomplished with little or no cost or effort, but 
significant cost should be incurred to correct imbalance only when voltage imbalance 
exceeds criteria or increases losses costs enough to justify the correction measures. Often, 
changing a single-phase lateral from one phase to another (e.g., from phase A to phase C) 
can reduce imbalance. However, the problem may be simply that too much load is being 
put on a single phase, and the lateral will have to be converted to a two- or three-phase 
branch. 
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Figure 20.6 Intermediate segment voltage imbalance in a feeder with “perfect balance” at the 
substation and at a balanced load at the end of the feeder. Use of single phase laterals causes loading 
on two intermediate segments to be quite imbalanced. This may result in operating voltages that are 
imbalanced to the point they exceed voltage imbalance criteria, even though all voltages are within 
corporate guidelines for maximum and minimum voltage. To correct the problem, the distribution 
planner will have to re-design the feeder, using two or three phase laterals to balance load of the 
branches among phases. 


Fault Current Limits and Protection Criteria 


One of the most important aspects of electrical system design is to assure that the system 
fails in a safe manner, minimizing the prospect of injury to people or property, and 
protecting as much equipment from additional harm as possible. Usually, protection is not 
part of the planning process, but rather the domain of engineering and detailed design. 
However, protection criteria and guidelines place some restrictions on the distribution 
planner, most notably on equipment sizing and feeder reach. 

Increasing equipment size is often a preferred solution to overloading and voltage drop 
problems — if 336 MCM conductor won’t do, maybe 600 MCM conductor will. IF not, 
maybe 795 MCM will. The larger conductor carries with it a larger fault current, and under 
some circumstances this can exceed the limits of protective devices in place or certified for 
use on the system. So while the larger conductor solves an overloading problem, it may 
bring with it other design or equipment problems. 

Similarly, fault currents associated with a particular alternative design can be too low or 
outside of a permissible range for protection. For example, other criteria may be satisfied if 
service to a rural customer is provided with a lateral run of several miles of single phase #6 
AA conductor. However, fault current at the end of this lateral might be so small that fusing 
within company protection guidelines cannot cover the low fault range. A larger conductor 
might be required to meet this criterion, or some alteration in other parts of the feeder 
leading to the lateral, or perhaps a change in the type of protective devices. 

Protection is much more important to the overall design and operation of a distribution 
system than indicated by the attention given it in this chapter. However, as mentioned 
above, these concerns are normally addressed as part of the design process. Distribution 
planning addresses protection only to the extent that the plan must meet criteria that ensure 
that fault currents fall within limits covered by the corporate protection guidelines. A 
distribution planner must do nothing more than provide a distribution plan that can be 
protected. Protection engineers take it from there. 
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20.4 LOAD RATINGS AND LOADING GUIDELINES 


One measure of any unit of electrical equipment is its capacity rating —- how many kW or 
kVA it can handle. Manufacturers establish “nameplate ratings,” which are their rating of 
the equipment’s capacity under a tightly specified set of conditions including voltage, 
power factor, ambient temperature, maintenance, and other operating factors. The 
equipment may be capable of carrying more or less load if conditions are altered from these 
nominal rating factors. For example, transformers and regulators must be de-rated if 
operated at higher or lower voltages than specified in their nominal rating. 

Electrical equipment “wears out” in service depending on how heavily it is used. All 
electrical equipment, particularly wound devices such as transformers and regulators, but 
including buswork, switches, breakers, cable, and even conductor, has a longer lifetime if 
lightly loaded, if operating under relatively cool ambient conditions, and if never operated 
outside of its recommended voltage ranges. Generally, equipment is given a capacity rating 
such that routine loading to that rating, under expected circumstances, will result in a 
calculated expected lifetime of at least thirty and perhaps as long as fifty years. 

Contingency ratings considerably above this normal rating allow additional margin for 
emergencies, but with a recognized impact on equipment lifetime. Such ratings usually are 
developed based on 1% loss of life — operation for four hours at a transformer’s emergency 
rating might subtract 1% off its expected lifetime of fifty years (equal to half a year ~ 4380 
hours — or J]00 times its normal rate of aging during those four hours). 

Generally, regardless of the manufacturers’ nameplate ratings for equipment, a utility 
will establish its own rating guidelines for the equipment it uses, ratings which reflect 
characteristics and needs unique to its territory, climate, and service guidelines. Differences 
between a manufacturer’s rating and the utility’s rating can be due to any number of 
reasons. The manufacturer may have rated equipment at a Jower ambient temperature than 
is common in the utility’s service area, requiring a de-rating to allow for the higher 
temperature. “Peak load” as used in rating the equipment might assume a constant 
maximum load lasting four hours, preceded by a twenty-hour period at 75% of that value. 
The peak day load might have a peak period of only two hours, preceded by a period where 
load averages only 66% of peak, permitting a higher rating than given by the manufacturer. 
Beyond this, a manufacturer’s rating often assumes perfect balance of phases, whereas the 
utility may de-rate the equipment to allow for the inevitable load and voitage imbalance that 
occurs in practice. Table 20.5 lists capacity ratings for the same 16/20/24 MVA substation 
transformer as applied by six utilities. 


Table 20.5 Loading Guidelines for a “16/20/24” 138 kV/ 12.47 kV Substation 
Transformer as Used by Six Utilities, in MVA 


Summer Winter 
Utility Service conditions Normal Emerg. Normal Emerg. 
1 High ambient, long peak conditions 21.0 26.0 24.0 32.0 
2 High ambient, short peak conditions 22.8 29.6 25.2 33.3 
3 Mild but long summer, high load factor 24.0 32.0 24.0 32.0 
4 Mild climate, short peak, low load factor 25.2 32.3 26.1 33.8 
5 Mild except cold winters, long win. peak 24.0 32.0 24.0 32.0 
6 Extremely cold at peak 25.0 31.0 26.0 32.0 
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A triple rating (i-e., 16/20/24 MVA) refers to maximum MVA capacity under various 
operating conditions, but there is no uniformity in what three capacity values written this 
way mean, one more reason why a planner must be careful when comparing equipment 
guidelines and operating records from one utility to another. This triad of numbers often 
refers to the maximum capacity of the transformer under the respective conditions of: 


1. Operating in still air with no fans or oil pumps running and a maximum rise 
in temperature at the top of the transformer core of 55° C (sometimes 
referred to as NOA) 


2. Operating with internal pumps circulating oil through the transformer and to 
radiators, with a maximum temperature rise of 55° C (FO) 


3. Operating with internal pumps circulating oil and fans blowing air over the 
radiators, with a maximum temperature rise of 55° C (FOFA) 


However, some utilities use a three number rating set indicating NOA/FOFA/EMERG, 
where the second of the three values indicates the forced oil and forced air rating (FOFA) as 
described above, and the third number indicates an even higher operating limit allowed for 
certain periods during contingency situations, with forced oil and forced air but at a higher 
core temperature rise (usually 10° C more). Several other utilities substitute an economic 
rating — the peak load that gives the lowest capital versus losses cost economics for their 
annual load factor — as the first value. 

Regardless of how they are determined, loading guidelines generally define both normal 
and emergency peak loads for all equipment, often varying between winter and summer 
conditions. These values cannot be exceeded, at least in the planning stage.’ Again, these 
are criteria. The planner’s job is to use equipment fully, not to keep peak load far below 
normal rating. 


Contingency Margin 


Most utilities specify contingency margin and switching requirements in the design of their 
feeder systems. This allows sufficient capacity margin to cover equipment failure, and 
nermits enough flexibility in switching of feeders to re-route them around most equipment 
outages. These requirements will be discussed in at lengih iz many other locations 
throughout this book (see Index). 


20.5 EQUIPMENT AND DESIGN CRITERIA 


For a variety of reasons, utilities have additional criteria and guidelines for the layout and 
design of their systems. Among the most important are those that specify what equipment 
can be used in the system — the distribution planner must expand and add to the distribution 
system using only equipment drawn from a guideline inventory of approved types and 
sizes. This assures that equipment used in the system meets other guidelines, such as 
maintainability ~ if company personnel only have equipment, tools, and facilities to 
maintain certain types of breakers, it makes no sense to install others types on the system. 


° During severe emergencies or unusual circumstances, a utility may choose to operate equipment 
above even emergency ratings. This is an operating decision made at the time, weighing the 
possible consequences (excessive loss of life or even failure) against the benefit (restoration of 
service (0 many customers who would otherwise be without it under extreme weather conditions 
for an extended period of time), against a set of conditions outside those covered by normal 
planning criteria. 
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Similarly, a utility will often test new types of equipment to assure itself that the equipment 
does meet claimed ratings and losses performance before certifying its use on the system. 

The approved list of equipment and sizes generally provides a range of capabilities to 
meet most needs, but uses only a small portion of equipment that is available in the 
industry. For example, while there are literally dozens of different sizes and types of 
overhead conductors available to an electric utility, most standardize on the use of only 
between three and six, which will span a range from small to very large. Using more 
than this small number of conductor types means keeping more types of conductor in 
inventory, purchasing a larger inventory of tools, clamps, supports, and splices to fit many 
sizes, and training personnel in the installation and repair of a wider range of conductor 
types. For these reasons, using too many types of conductor increases operating costs. 

On the other hand, the utility doesn’t want to force its planners to use large conductor 
where smaller (and less expensive) conductor will fulfill requirements. Depending on 
factors specific to each utility, it takes between three and six well-selected conductor sizes 
to minimize the overall cost, balancing the availability of a wide range of conductor sizes 
against the need for linearization of cost (this was discussed in detail in Chapter Iip 
Similarly, a guideline set of service transformers, breaker types and sizes, and substation 
transformer types and sizes will be permitted with guidelines, several examples of which 
are shown in Table 20.6. The distribution planner must put together a future system using 
only these equipment types, and nothing more. 


Design Criteria 


Beyond being limited to a set of specific equipment types and size, the planner also must 
work within criteria that specify how that equipment can be used and how the “pieces are 
put together.” Considerable engineering design criteria exist to specify precisely how 
equipment such as primary feeder lines are to be assembled, with suitable conductor 
spacings, with hardware heavy enough to handle the weight, wind, and ice loadings to be 
expected, and in compliance with all other requirements. Usually, such engineering criteria 
have little impact on the planning process, except that they may specify a wider or larger 
right-of-way, site, or easement than is available. 


Table 20.6 Examples of Guideline Equipment Types 


Equipment Voltage Permitted types & sizes 
Primary OH conductor 12.47 kV ACSR: 336, 600, 795 MCM 
12.47 kV AA: #2, 2/0 
Primary UG cable 12.47kV 200, 400, 1150 MCM AA Hiplex 
1 pole-mounted service trans. 12.47 kV/120/240 V 15, 25, 50, 75, 1OOkKVA 
1@ padmount service trans. 12.47 kV/120/240 V 25, 50, 75, 100, ISOkVA 
3@ padmount service trans. 12.47 kV/120/240 V 500, 750, 1000, 1500 kVA 
12.47 kV/480 V 1000, 1500, 2500 kVA 
Substation transformers 69 kV/12.47 kV 5, 7.5, 10, 15 MVA 
138 kV/12.47 kV 12, 16, 24,32 MVA 
138 kV /25 kV 20, 42,32 MVA 
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Beyond this, the distribution planner may have a number of other types of design 
limitations or criteria that the eventual plan must respect. Table 20.7 gives a sampling of 
some other design criteria in use by various utilities and the reasons for their application. 
Many of them are unique to only one or a handful of utilities, others are widely used. 

Esthetics are often one component of design criteria, as illustrated by several items listed 
in Table 20.7. Most distribution planners are sensitive to the fact that electrical equipment is 
not esthetically pleasing, and that its impact should be minimized within limits permitted, 
while still achieving good economy and safe, efficient operation. Those limits often include 
criteria that specify design to minimize esthetic impact in certain situations. However, use 
of such criteria is often limited to specifically defined situations in order not to show 


favoritism or increase cost. 


Table 20.7 Examples of Design Criteria and Guideline Rules 


Criteria 
Only underground construction and equipment 
in a particular area of the system. 


Only post-insulator primary construction 
on streets with 4+ lanes and along highways. 


Only steel poles within 30 feet of street 
intersection 


Use “‘ten-plus” high poles (poles ten feet 
higher than normal) in a treed area. 


No double-circuit feeders (two sets of 
feeder conductor on one pole. 


12.47 kV primary distribution built to 
34.5 kV guidelines. 


No overhead construction in front of church, 


synagogue, mosque, or other house of worship. 


OH capacitors, regulators, and switches must 
be located within fifteen feet of a street. 


Cable vaults must be no closer than fifty 
feet to any street intersection. 


Only steel poles in wildlife protection areas 
of some areas in Africa. 
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Esthetics. In sensitive areas, use an “out of 
sight” type of design. Reliability UG may be 
more reliable in some areas (trees, storms). 


Esthetics. In areas where the equipment will be 
very visible, the utility uses this “cleaner” design. 


Safety and reliability. Steel poles are less likely to 
fall when hit by car or truck. 


Trees in this area mature at a certain height. Use 
of higher-than-normal poles gets conductor above 
the trees, where damage from them is less likely. 


Reliability. A car hitting a pole or storm damage 
:8 less likely to outage two feeders at once. 


Future flexibility. Feeders can be reinforced and 
upgraded to higher capacity if needed at little cost. 


Esthetics in a possibly sensitive, “high-quality” 
area with high public visibility. 


Maintenance costs and repairs. It is difficult to 
access these types of equipment easily unless 
with a bucket truck if not on a street. 


Public convenience. Otherwise, repairs, when 
needed, would tie up traffic on two streets rather 
than just one during repair or enhancement work. 


Rhinoceros like to scratch their hide against wood 
poles (apparently thinking they are trees), but will 
leave smoother steel alone (plus it can stand the 
force better, too). 
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Figure 20.8 One-Page Summary of Chapter 20 


Attributes are aspects of performance that a utility wants to achieve as extreme a 
value as possible. Cost is the best example of an attribute — the desire is always to 
drive it lower, no matter how much it has been reduced. 


Criteria are aspects of performance that a utility wants to assure satisfy a target 
of requirement. Service voltage is a good example of a criterion — the desire is to 
assure it falls within a satisfactory range. No money (an attribute) would be spent 
to see voltage drop minimized if voltage meets criteria. 


Standards are documented guidelines that a utility develops based on its goals 
and experience, industry recommendations, and sound engineering principles that 
apply to the selection, design, and use of its system and equipment, or the manner 
of attaining targeted performance levels (whether attribute or criteria). Guidelines 
specify “how it is done,” not “how much is enough.” 


The word “standard” is often misconstrued as meaning that there is one 
correct way to perform a function or design a facility (the standard), and that any 
deviation is wrong or “sub-standard.” This is not the case, although there are 
“standards” that are highly recommended and have the rule of law behind them in 
some jurisdictions. Even these are not hard and fast (e.g., ANSI, JES, and IEC 
standards differ slightly in specifying certain electrical requirements, national 
electric codes vary between the US and the different parts of Europe. None is 
correct and the others incorrect. As a result, the term “guideline” is more 
appropriate for what is often called a “standard.” 


A planner’s goal is to meet criteria while maximizing attributes. Guidelines are 
supposed to help in achieving this goal. They are not constraints meant to limit 
flexibility, nor increase the cost with needless expenses. 


Voltage guidelines (standards) lay out a range of acceptable service voltage for 
utility customers under normal conditions (e.g., 113 to 126 volts at the service 
entrance). 


Emergency voltage guidelines usually permit somewhat wider range of 
acceptable service voltage during infrequent non-standard circumstances (e.g., 
ANSI A for normal, ANS!8 which permits a wider range during contingencies). 


Voltage flicker guidelines define a limit to how much voltage can vary in a short 
period of time due to changes in load (motor starting) or equipment variation 
(regulator or capacitor switching). Usually, flicker is limited to less than 3%, as 
most people can sense the difference in incandescent lighting levels caused by an 
instantaneous change in voltage of only 3%. 


Conservation voltage reduction (CVR) are guidelines, regulations, or rules that 
call for utilities to plan and operate their systems so service voltage is within the 
lower part of the satisfactory service voltage range in order to reduce energy 
usage. 


Loading criteria and guidelines are among the most important non-customer 
related criteria used by planners. They are a good example of how there is not 
absolute “right” criteria or guidelines. Loading levels are always a compromise, a 
balancing act between conflicting goals of equipment stress and lifetime and 
economy of usage and return on investment. 


Contingency margins are criteria that call for reservation of certain amounts of 
capacity for redundancy or backup purposes. 
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20.8 SUMMARY OF KEY POINTS 


A satisfactory distribution plan must meet a number of criteria, predominantly related to 
guidelines for acceptable electrical performance both under normal (voltage criteria) and 
abnormal (fault current, protection) operation. It must also meet addition criteria and 
guidelines with respect to loading, equipment type, maintenance, reliability, and esthetics. 
These constitute a list of requirements and planning criteria which the planner must check 
against alternatives. 

Criteria need only be meet. It is sufficient if voltage is barely within guideline limits, if 
fault current is very near but not over the maximum allowed, if loading at peak just equals 
capacity. The whole point of a criterion is that the system will function as required if the 
criterion is met. As a general rule, resources (money, flexibility, or attainment of other 
goals) should never be spent to do anything more than minimally satisfy any criterion. 

Table 20.8 lists key points from this Chapter. 
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21.1 INTRODUCTION 


Reliability of service has always been an important priority in electric delivery planning and 
operations. However, traditionally it was treated as an implicit goal. Up through the 1960s, 
and well into the 1980s in some cases, operating electric utilities achieved what were 
satisfactory levels of reliability for their customers without measuring or managing it in a 
direct, quantitative basis. This was achieved by designing the system to criteria which 
implied reliability — ‘a system designed, operated and managed in this way [ . . .] will give 
satisfactory performance.” But since the 1990s, more and more utilities have not only 
reported specific quantitative reliability metrics like SAIDI and SAIFI, but set design 
criteria that are directly based on reliability measures or impacts. This chapter inoks at 
planning criteria and guidelines that more directly target attaining custonier service 
reliability, and discusses their use in power delivery planning. The remainder of this 
introduction reviews the reasons behind the increasing emphasis on power delivery 
reliability. Section 21.2 then looks at reliability targets — what they are, how they are 
determined, and issues related to their use. Section 21.3 discusses some issues related to 
reliability targets and criteria. Section 21.4 reviews three different ways that reliability can 
be addressed by utility planners and the criteria development for each. 


Reasons Behind the Industry’s Greater Emphasis on Reliability 


Beginning in the mid 1990s, there was a concerted push throughout the industry for more 
specific attention to reliability. This was due to several causes, which are given below, from 
least important to most important. 


The growing use of digital equipment 


Often touted as the major reason that the industry needs to achieve “six nines reliability” — 
99.9999% availability, two orders of magnitude improvement ~ is the increasing proportion 
of appliances and equipment that use digital electronics and are therefore subject to often 
lengthy and certainly annoying outages of their end-use performance due to even brief 
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interruptions of electric service.’ Much of the electronic equipment in use today is disabled 
by even brief outages. The ability to tell time (digital clock), the ability to play a video 
game (personal computer), the ability to check out customers and monitor inventory (digital 
cash register system), and the ability to control a chemical plant (automated plant control) 
are all disabled by even a half-second interruption of power. 

However, the widespread use of digital equipment is not the major reason reliability has 
grown in importance in the past decades, although it has certainly been a contributor.” The 
fact is, disturbances in the end-use value of modern electrical appliances are not particularly 
more common or more burdensome to customers, due to the electronic nature of the 
equipment, than they were with their “analog” forerunners three decades ago.’ The greater 
need for reliability is due, instead, to a general growing reliance on the use of electricity. 


Greater reliance on electricity 


The number of uses for and importance of electricity in the average home or business has 
steadily increased since the beginning of the 20" century (Philipson and Willis, 1999). In 
effect, what was a luxury in the early quarter of the 20" century, and a convenience in the 
middle of the century, became a necessity by the 21" century. The growing use of 
electricity for so many facets of daily household, business, and industrial activity meant a 
growing dependence on electricity for comfort, productivity, and security. Therefore, there 
has been an accompanying long-term trend of growing value being attached to continuous 
availability of electric service. Reliability of electric service is important to energy 
consumers because so much of what they depend upon for comfort, security, and 
productivity stops completely unless they have enough electric power to satisfy all their 
electric demands. The electronic nature of modern devices occasionally exacerbates this 


’ Six nines reliability is 99.9999% availability of power, which means 8759 hours, 59 minutes, and 28 
seconds of power availability per year, or only 32 seconds without power. A majority of utility 
systems in the US achieve no better than 99.98% reliability, which is about 105 minutes without 


power per year. 


2 Also, delivering six nines reliability through the public power system is seldom the most cost 
effective solution to meet most individual or societal needs for reliable pewez. Digital clocks and 
similar devices can have a battery or simply a large super-capacitor installed in their power supply 
circuits. UPS systems, either appliance- or site-specific, are available to “protect” sensitive 
equipment. These offer superior performance to a six nines power system at lower cost — they not 
only guard against power system outages, but accidentally removed power outlet cords, building 
wiring outages, etc. Their marginal costs of reliability are from one-third to one-fiftieth of the cost 
for achieving just five nines reliability on most power systems. This is covered in detail in 
[28’s]discussion of system-level marginal reliability cost matrix analysis and their use in optimizing 
the cost of reliability performance of a power system. 


3 With respect to clocks, one can argue that it is better to return home after an interruption in a digital 
age to a clock whose blinking digits inform you there was an interruption, rather than to a working 
analog clock which may not alert one to the fact that it (and tomorrow morning’s alarm) have fallen 
10 minutes behind due to a service interruption. Non-digital games (pinball machines, some toys) 
were disabled by even brief outages. Cash registers in the 1960s were electric, as were adding 
machines, etc., and would cease to operate and sometimes misfunction when power was interrupted. 
Non-digital chemical plants will often suffer lengthy downtimes form even brief cessations in power 
flow due to lack of motors and heaters. The fact is that in the pre-digital 1970s, just as today, any 
interruption of power caused just about all activity to stop. 
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sensitivity but is not really responsible for it. One of the most profound impacts that occurs 
is as old as electric service itself: “the lights go out.” 


“Because you can...” 


Prior to the ubiquitous availability of “modern” equipment like two way radios for field 
vehicles, photocopier machines, shared computerized databases, e-mail, fax machines, etc., 
it was very difficult and would have been quite expensive for a utility to keep and process 
detailed records on equipment outages and customer interruptions and determine their 
monthly, quarterly, and annual SAIDI and SAIFI statistics and similar other reliability 
metrics. 

These capabilities became available, and inexpensive, during the last third of the 20" 
century. Since it was possible, and not terribly expensive, and seemed like a good idea, 
more and more utility regulatory commissions required that utilities measure, record, and 
report reliability on an explicit quantitative basis. 


Concerns about cost reduction 


The major factor behind an increasing emphasis on reliability measurement, reporting, and 
management is an industry-wide concern about the possible consequences of utility cost 
cutting programs. Utilities are cutting back on spending, and all parties — regulators, 
customers, stockholders, and utility management themselves — are naturally concerned 
about the impact, because too much cost reduction will lead to erosion of reliability. Drastic 
cost-reduction programs, to the extent they raise concerns about their impact on reliability, 
are quite common throughout the electric industry today. This was not always the case and 
is the single biggest change since the 1980s, and a major reason behind the emphasis on 
reliability. 

During the first two-thirds of the 20" century, the consumer price of electricity dropped 
steadily, due to improving technology, increasing efficiency of utility generation, and low 
fuel costs. In such an environment it was possible for utilities to reduce rates on a long term 
basis and still spend everything they deemed appropriate on the very high design guidelines 
and criteria that implicitly assured long-term robust service from their equipment and high 
levels of service reliability for their customers (the traditional approach discussed above). 
Electric utilities were under no great pressure to reduce spending or drive down costs — 
costs were going down without any extraordinary actions on their part. 

Due to a combination of maturing technology, increasing fuel and labor costs, de- 
regulation, and a host of other business reasons, that trend slowly reversed itself in the 
1970s, so that utilities found that costs began to rise. There was still no pressure to cut costs 
significantly: rate increases, not decreases, were the order of the day. But by the early 
1990s, many utilities were facing significant push-back on continued rate increases. For one 
thing, generation was disaggregated and de-regulated: delivery costs now stood alone and 
delivery utilities no longer saw the benefits of slight but continuous improvements in 
generation efficiency. Worse, many were struggling from a financial standpoint, and needed 
to reduce costs just to attain satisfactory balance sheets. 

As a result, reductions, sometimes to quite far below traditional spending levels, became 
the order of the day. Concerns about reliability were met by voluntary (utility) or mandated 
(regulatory) requirements to monitor and report customer reliability. 


Attributes, Criteria, and Guidelines 


Reviewing distinctions made in|Chapter 20’s| introduction, attributes are measures of 
performance or results that a utility wants to drive as far as possible. Cost is an attribute — 
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the goal is always to drive it lower, no matter how much it has been reduced to date. By 
contrast, criteria also measure performance or results, but apply in cases where there are 
limits to the desirable range. Often the criteria exist in order to set the limits within which 
performance is deemed acceptable (e.g., service-level voltage limits). Finally, there are 
guidelines, sometimes called “standards,” which are rules that define or set limits on design, 
equipment usage, or the manner of attaining the performance. Guidelines are not 
performance- or results-related, but apply to and specify the solution — the engineering. 


Three Approaches to Determining Reliability Criteria and Guidelines 


There are three approaches to achieving reliability in a power system. The first is the 
traditional approach, which might be cailed the implicit reliability guidelines approach. It 
builds reliability into a power system through the use of proven “standards and guidelines.” 
These guidelines are rules (often rules of thumb as well as comprehensively documented 
“standards” and criteria) that spell out how the system is to be laid out, how equipment is to 
be constructed, utilized, and maintained, and how the system is to be operated. “Proven” 
means that they have stood the test of and been refined over long periods of time and work 
well. In this traditional approach, these criteria, standards, and guidelines are not explicitly 
directed at reliability, although reliability is an important factor behind many of them. 

By contrast, reliability-based planning addresses reliability explicitly. It involves 
designing the power system to specific reliability targets such as “expected SAIFI is 1.5 
interruptions per year, expected SAIDI is 120 minutes without power per year.” This is very 
possible using modern analytical techniques, and is conceptually very similar to designing a 
power system for adequate voltage performance. This approach requires new tools and 
planning methods, but comes closest to “optimizing” reliability versus cost. Tools required 
to do such engineering are covered in Chapter 24 Procedures and methodology of the 
approach itself are discussed in Clearly, this approach requires reliability-based 
criteria, which will be a subject discussed in section 21.4. 

An interim approach, one quite appealing to many utilities, is to use tools and planning 
methods similar to the traditional, standards and guidelines based approach, but with new 
criteria, standards, and guidelines that have been designed based on explicit reliability- 
based analysis. This reliability-based guidelines approach permits a utility to target 
reliability more explicitly in its planning, but ic operate its planning and engineering 
without many changes in procedures, tools, IT systems, and planning skills and support 
from its traditional processes. Each of these approaches has advantages and disadvantages 
over the others. No one is best in all situations, although each outperforms the others in 
certain situations. They will be discussed and compared in more detail in section 21.4. 


Reliability Criteria and Guidelines Must Be Customer and Cost Oriented 


Looking at these four contributing causes, several conclusions about the nature or 
appropriateness of metrics and reliability criteria used by a utility are clear. First, ultimately 
the reliability performance of a utility is judged only by the reliability of service to its 
customers. This is obvious, but worth some consideration and comment. Planners must 
consider how much of their traditional reliability-related focus was targeted at their 
company’s equipment and the system. One of the big distinctions between “‘modern” and 
“traditional’’ reliability considerations is this external versus a traditional internal focus. 
Where the traditional approach acknowledged reliability (as a concept, however implicit) it 
usually considered and applied it with respect to the utility’s equipment. Tracking failure 
rates by equipment type or circuit, targeting availability factors for plants, circuits, and 
facilities, and setting loading criteria based on loss of life criteria are just several of the 
myriad system-related, or internal, reliability considerations a utility traditionally used. All 
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of these can and do help improve customer service reliability, but they do not focus on the 
ultimate result. By contrast, more modern approaches focus explicitly on customer 
reliability, using measures like SAIDI, SAIFI, CALCI, and so forth to measure and manage 
customer service reliability directly, and computing sensitivity and impact factors for 
system equipment that relate directly to those values. 

The other consideration that modern reliability-based guidelines and criteria must 
acknowledge is cost. Cost reduction is so important to modern electric utilities that any 
method that cannot directly relate spending and reliability is not really going to meet their 
needs. Therefore, good criteria and guidelines for reliability-based planning, and the 
framework within which they are applied, must bridge both customer reliability and cost. 


21.2 RELIABILITY METRICS, TARGETS, AND CRITERIA 


It is a practical impossibility to achieve an important goal unless one can: (1) measure one’s 
distance from the goal and (2) determine if and how possible actions would move one 
closer or farther from that goal. Thus, a utility must use some effective metric(s) to measure 
its performance with respect to an important performance factor like reliability (see 
(4). It will set targets based on these metrics as its goals. A target is a criterion, something to 
be met, not an attribute to be driven as far as possible. A utility might chose SAIDI (among 
other metrics) as a measure of reliability. It might select 120 minutes per year as its target 
SAIDI. Its goal is then to manage costs (the attribute) to a minimum while maintaining 
SAIDI and the other selected reliability indices (criteria) at their target levels. 

To do so, the utility will almost certainly develop functional and activity-based criteria 
for its internal use. It will identify a relationship between each departmental function and 
the target, and a set of criteria for each function, to achieve that goal. For example, analysis 
of its activities and processes would identify that the time required by the customer service 
department to answer the phone, take a trouble call, and appropriately route it to 
Distribution Operations was a direct contributor to SAIDI. That study would also identify 
that mistakes in routing the call (to the wrong service center dispatcher) were particularly 
costly. As a result of further analysis, the utility might eventually set two criteria for its 
customer service department, based on its target of 120 minutes overall SAIDI. First, 95% 
of all customer calls have to be answered and handled within two minutes and, second, 99% 
of all calls must be routed to the correct dispatch center. 

To make these criteria have any meaning, the utility would need to set up a system to 
measure and track the performance of its customer service department with respect to the 
percent of calls handled within two minutes and the percent of calls correctly routed. It 
would plan its Customer Service Department resources and activities to achieve those two 
targets, and set up a process to initiate corrective actions if they were not achieved.’ 
Presumably, if these and other similar studies are done accurately, and performance meets 
the resulting criteria everywhere, the mutual adherence to criteria throughout the utility will 
lead to achievement of the 120 minute goal.” 


* Ideally, the utility will have studied the cost of achieving these criteria and the “bang for the buck” it 
gets from tweaking them (and all other criteria related to SAIDD) — spending a bit more or less to get 
a bit more or less SAIDI contribution. It would then set these and all other criteria based on 
minimizing cost — basically so that all activities related to SAIDI have the same marginal or 
incremental benefit/cost ratio, in the manner of the iB/C optimization discussed in{Chapter 6. 


> A savvy utility would also, in the course of these studies, look at the cost of achieving various 
departmental performance levels, and not only set departmental and functional criteria so it will 
achieve its goal, but by analyzing cost, make certain it does so at minimum cost. 
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Reliability-Based Targets 


System reliability averages 


By far the most common reliability measures in use by North American power delivery 
utilities are SAIFI and SAIDI, both covered in detail in Nearly all utilities track 


and report these two reliability indices for their entire system on a monthly, quarterly, and 
annual basis, often measuring both also for regions and sub-regions and perhaps for 
worrisome areas of the system as small as individual circuits. Strictly speaking, SAIDI and 
SAIFI are only system wide indices (the “S’”’ in both means “system’). However, most 
executives, managers, and power delivery engineers and planners at electric utilities 
routinely speak of the SAIDI and SAIFI for regions, sub-regions, and even individual 
circuits. What they mean is that the SAIDI and SAIFI formula (see Chapter 4,[section 4.2) 
are applied in restricted form, to only the customers in that region/sub-region/circuit service 
area in order to see what duration (SAIDD and frequency (SAIFI) of interruption are in 
each of those areas. It is quite common for a utility to measure and study “SAIDTI’ and 
“SAIFT’ on a circuit-by-circuit basis, using the results to identify poor performing areas. 
Occasionally, one will even hear a person talk about an individual customer’s SAIDI or 
SAIFI, meaning the duration or frequency of interruption they experienced. 

These two metrics are widely used, partly because many state utility commissions 
require them to be reported. But their popularity with regulators and utilities in general rests 
on several advantages. First, they are easy to understand, measuring as they do simply the 
average number of times per year (or quarter or month) a utility’s customers experience 
“lights out” and the total amount of time the average customer was without electric service. 
But in addition, another major reason they are widely used is simply because they are 
widely used — they are the only reliability indices useful as benchmarks and for comparison 
among utilities, because no other index is nearly as widely used (although definitions and 


interpretations vary widely through the industry, so that “SAID?’ at one utility is not really 
comparable to “SAIDI” as measured at another. See Chapter 4, Seen merry fee 


[4.5). 
The distribution of reliability throughout a system 


Most utilities make some effort to measure and achieve not only overall (average) 
performance with respect to reliability measures like SAIDI and SAIFI, but also 
consistency of reliability across their system. The goal is to make certain that no 
customer(s) receives reliability that is far worse than the average. This is a real concern, 
because a focus only on driving down the overall average performance may neglect 
reinforcement of reliability in “messy” or “expensive-to-fix” areas, because improving it to 
exceptional levels of performance in other areas is more cost effective. 

Thus, most electric utilities also look at how reliability varies throughout their system, 
and do not focus only on overall system-wide indices. With very few exceptions, the 
metrics and mechanisms aimed at this goal do not attempt to comprehensively measure how 
much reliability varies over the entire utility system (e.g., few utilities measure the variance 
of SAIDI or SAIJFI or a circuit or customer basis), but instead are focused only on 
identifying the areas/customers/reason for the worst performance. Thus, a utility might not 
know (or care) that SAIDI varied with a standard deviation of + 40% on a circuit basis 
throughout its system, but it might know where the worst performing 5% of its feeder 
circuits were, and how bad performance in each was, and have a process for investigating, 
diagnosing, and fixing those problems. Despite this, there is merit in planners studying such 
Statistics as: 
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Mean/median — values of this ratio far from 1.0 usually indicate that there may be 
significant outliers in terms of reliability - customers or circuits (whichever is the 
basis of the study) that are either extremely worse or extremely better than most. 


Standard deviation — a wide standard deviation indicates a substantial difference in 
performance across the customer base. This may be due to the nature of the system 
or of the analysis method used in its evaluation. If the variance has only high 
spatial frequency (if it is due to “natural” differences within feeder areas, then it 
may provide no important clues to improvement). But variations among circuits, 
areas, Or portions of the system can often_mean that reliability can be improved 
without improving cost, or vice versa. and|28} discuss this type of 
analysis in more detail.) 


Natural and Unavoidable Differences in Expected Reliability 


Conceptually, one way to achieve a system wide SAIDI and SAIFI target would be to.aim 
for every customer to have exactly that level of performance. If every customer had exactly 
120 minutes of expected interruption annually, the system SAIDI would be 120 minutes. 
However, this is impractical. For what are fundamentally the same reasons, it is simply not 
practical to deliver identical performance with respect to either voltage or expected 
reliability. The very nature of electric circuit layout means that some customers will be near 
the substation (with higher voltage and less exposure to outages) and some near the end of 
branches (lower voltage, greater exposure to outages). Thus, reliability, as planned, must 
vary somewhat throughout a power system. 

Generally, the most difficult decisions with respect to setting reliability criteria for 
planning and engineering is deciding on the basis for, the metrics to use to track, and the 
targets for allowable differences in reliability throughout the system. The three types and 
causes of variation involved are given below. 


Differences due to circuit position (intra-circuit variation) 


Just as customers on the end of a radial circuit have more impedance between them and 
their power source, so too do they have more outage exposure between them and that 
source. There will be unavoidable natural variations in the reliability seen within any circuit 
(se[Figue 21.1} 

How much variation is permitted within any one circuit depends somewhat on the type 
of service territory (rural, urban) and the type of system (voltage, configuration, amount and 
sophistication of protection). Typical values are about 3:1 in SAIDI and SAIFI (meaning 
the duration of expected service interruptions generally does not vary greatly within any 
one circuit area). 


Differences from circuit to circuit (inter-circuit variation) 


Due to differences in configurations, routing, service area shape, and equipment utilization 
forced on a utility by the need to fit cost-effective circuits into urban, suburban, and rural 
landscapes, there will be differences in the reliability performance expected among different 
feeders. 

As with intra-circuit differences in reliability, the amount and nature of this inter-circuit 
variation in reliability performance will depend on a number of factors unique to the utility. 
However, when one has removed variations due to some areas being rural, others urban, 
and similar “non-engineered”’ factors, differences of about 2:1 may legitimately remain due 
to “unavoidable” (unacceptably expensive) differences in circuit layout, configuration, or 
loading. 
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Differences from area to area and “equitableness” of service 


Typically, the reliability of service provided by a utility in a rural and sparsely populated 
area will be less (i-e., have a higher annual interruption frequency and duration) than that 
provided in densely populated urban areas. There are a number of reasons, including 
reasons due to the circuit-to-circuit differences covered above (circuits typically run farther 
and thus have a significantly greater exposure to outage in rural areas than in suburban and 
urban areas). In addition, while it is common to have tie switches at the end of suburban and 
urban feeders to transfer power during contingency restoration, that practice is much less 
frequently applied in rural areas (distances often limit its effectiveness due to voltage drop 
even if cost would not). Further, repair crews face longer travel times in rural areas, 
meaning the duration of every outage and the interruptions it causes will be lengthier. 
Therefore, in spite of good intentions and design, there often exist significant and 
“unavoidable differences in the reliability that a utility will deliver in rural, suburban, and 
urban areas of its system. In most cases, customers, regulators, and utility personnel expect 
these differences, in both reliability and voltage. 

Ultimately, these differences boil down to spending. It is possible to provide the same 
reliability of electrical service in rural areas as in urban areas, but the spending per customer 
would have the be much greater, often much more than ten times as much. It is hardly 
equitable to spend so much more on customers in one area of the system than on another: 
customers in one area are subsidizing service in another. Therefore, variations in reliability 
by region of a system are partly due to decisions on achieving some equity of spending. 
Balancing reliability against spending geographically is discussed in much more detail in 
section 28.6. 
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that customers at each of six nodes on a hypothetical feeder can expect annually. It is used in 

[4 |to illustrate that circuit layout can affect reliability results. The circuit layout on the le 

average SAIDI of 200 minutes, that on the right 187 minutes. Both, however, have more than 2.5:1 
variations in SAIDI performance among customers on the circuit. Money spent on and innovation and 
study applied to protection, sectionalization, and switch engineering can change the nature and amount 
of the variation expected over a feeder, but nothing can eliminate it altogether unless all 
sectionalization is eliminated. 


Figure 21.1 This diagram, from|Figure 4.2] indicates the number of minutes per year without power 
as an 
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Some utilities have accepted traditional differences in reliability among regions of their 
system — differences that have stood the test of time. Others have studied revenues versus 
spending versus results to set policy on up to a half-dozen different “reliability design 
areas” of their system, the intention being roughly equitable spending per customer. 
Permitted variations vary themselves depending on utility, service territory, and weather, 
but differences as great as a SAIPI variation among region types of 3:1 or more, and in 
SAIDI of nearly 10:1 (meaning SAIDI/SAIFI, or average duration, varies by more than 3:1) 
are often tolerated between the best (urban core) and worst (sparsely populated 
mountainous areas) parts of a system. The use of several different reliability “tiers” by type 
of region will be discussed later in this section. 


Year to year differences in reliability results 


The actual reliability as measured by SAIDI, SAIFI, or other measures will vary from year 
to year, for any area of the system and for the system as a whole. A good deal of the 
variation will be due to weather — extreme in some years, mild in others. But even with 
weather removed as a consideration, reliability results over any small part of a utility 
system will vary considerably from one year to the next. Outages of equipment are so rare, 
and random, that considerable variation is to be expected. As a simple example, if one 
expects only 3 events every 2 years at a specific customer site, then variations of up to 33% 
must be expected to be common — either 1.0 or 2.0 interruptions will most likely happen in 
any one year, each a 33% variation from the mean of 1.5. Figure 21.2 shows the expected 
distribution of results in a small power system (six substations), based on weather and just 
“random happenstance.” 
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Figure 21.2 Year to year variations in SAIDI calculated for the electric service in a small city of 
84,000 population utility system are shown by this distribution of results computed by simulating 
1,000 “randomly selected years” of its operation using a predictive reliability analysis program that 
was first calibrated to the previous ten years of system reliability results. Target SAIDI for this system 
is 120 minutes, actual expected mean reliability is 119.4 minutes. The 90% confidence level is 181 
minutes, meaning that about one in ten years will see worse than 181 minutes of SAIDI. 
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Expected Versus Actual Results 


Typically, year-to-year variations in observed reliability in any relatively small region of a 
power system (e.g., an area of a dozen substations) are greater in magnitude than the 
expected variations in performance of one area to another throughout the entire system. 
This makes it particularly difficult to use historical operating results to identify areas of 
poor reliability, to determine if reliability is improving or degrading, or to quickly confirm 
the efficacy of particular programs or approaches. A good rule of thumb for reliability 
tracking is that only more than three years makes a trend. 

In interpreting historical operating results and using them to determine if the expected 
(targeted) reliability levels are being maintained, planners must keep in mind that different 
areas can have far different “luck” in any one year. While it is typical for weather to be 
harsh over an entire system (the whole system has a good, or bad, winter with respect to 
number and severity of ice storms), other variations tend to have a more local nature. One 
cannot assume that an area with good reliability this year actually has better potential 
reliability than one that exhibited poor reliability in the same period. One or even two years 
of reliability performance below expected (target) level in an area does not necessarily 
mean its performance is actually worse than expected. 

However, this does not mean that planners can neglect “trends” or even single years of 
poor reliability performance. If there is a problem due to something that was missed in the 
planning of the system, or due to a growing defect in equipment condition (e.g., rapidly 
increasing failure rates in UG cable throughout a region because all of it is of the same, 
rather old, service age), it will first reveal itself as one or two years of increasingly poor 
performance. This is frustrating, because it means planners must pay attention to short-term 
patterns and trends even though they know that many of them will prove “meaningless.” 


Study, action, and reaction criteria 


What helps both efficiency and efficacy is the use of four progressive levels of reliability 
criteria, based on the expected (targeted) reliability in an area and the expected standard 
deviation of that performance. The first criterion is the target level of reliability, what might 
be called the anchor for the second, third, and forth, or “monitoring criteria.” These 
additional three values trigger for, respectively, study of a possible problem, action because 
a problem likely does exist, or immediate reaction (immediate action) because a severe 
problem almost certainly exists. gives an example set of these criteria based on 
the probability distribution in There, the target SAIDI is 120 minutes, its 
standard deviation is a bit more than 35 minutes, and the one-in-ten-year worst performance 
expected is 181 minutes. 

The three monitoring criteria are measured in months (or weeks), not in whatever units 
are used for the reliability target, (minutes in this case, for SAIDIJ) in this example. They are 
used on a rolling, seasonally adjusted basis for continuously monitoring an area (on a 
monthly basis). For example, if this example area from Figure 21.2 reaches 120 minutes 
average interruption duration in any 9-month period, it indicates a possible problem — 
interruptions have occurred at a rate equivalent to a SAIDI of 150 minutes or more — 
roughly at or worse than one standard deviation above the mean. Recent operating records 
for the area should be examined to determine if there is a trend or pattern to the failures or if 
it is just “a run of bad luck.” If this same, targeted, amount of interruption occurs in any 
seven month period, it indicates a high priority along with an alert that there probably is a 
problem (interruption rate is now almost twice the mean, rather unlikely due only to random 


Copyright © 2004 by Marcel Dekker, Inc. 


Reliability-Related Criteria and Their Use 


Table 21.1 Monitoring Reliability Criteria for a Smal] Power System 


Criterion 
Target SAIDI 


SAIDI S.D. 


Notice limit 


Action limit 


Reaction limit 


Base 
Minutes 


Minutes 


Months 


Months 


Months 


Value 
120 


38 


Usage 


Target for system planning and 
operation. Used in planning. Monitored 
for every area and the entire system. 


Computed using probabilistic methods. 
Used to determine variation and 
likelihood of extreme outcomes and 
used to set the three criteria below. 


The 90% value of 180 minutes would 
mean reaching 120 minutes in 8 months. 
Anything close to this - 9 months — 
should trigger attention: reliability is 
roughly at one-in-ten-year extreme 
levels — is there a problem? 


Any area that has 120 minutes of SAIDI 
in 7 months or less is far exceeding 
“worst in ten years” expected reliability 
results. There very likely is a problem. It 
should be given priority. 


Any area that sees 120 minutes in any 5 
month time frame very likely has a 
severe problem. It is given the highest 
possible priority. 


767 


variations in results). Finally, any occurrence of that much interruption in S months means 
the highest priority is given to solving what is almost certainly a problem. 

These monitoring criteria are normally applied within an automatic or periodic 
monitoring process, for example one that examines every sub-area of the system on a 
monthly basis, examining the last 12 months of operating results. It is fairly easy to write a 
small program, or “agent” in the data-mining sense, that scans reliability reports and results, 
applying the three criteria respectively to interruption counts for the past 5, 7, and 9 months 
respectively, producing lists of areas sorted by most extreme. Key points to the criteria and 


their application are: 


Although the example above used SAIDI, it often makes sense for planners to 
apply this using SAIFI. Frequency of interruption is a much more useful basis for 
identifying a growing number of failures or problems than duration. Duration is 


useful to monitor operations and restoration effectiveness. 


Criteria for each area must be based on that area’s expected target and standard 
deviation. The mean (expected or target) and the standard deviation characterize 
what is expected in a region. Both will vary from region to region and 
independently (i.e., two regions with the same mean might have different standard 
deviations). Therefore, this monitoring procedure and its criteria, which are 
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designed to detect anomalies or unexpected trends, must be based on the expected 
results for each region. 


The procedure cannot be dependable applied to really small areas, such as portions 
of a circuit. Variations in year-to-year performance tend to increase as areas 
become smaller. This technique does not work well when applied below area sizes 
typically of suburban 15 kV circuits. It works best on a substation or large-feeder 
area basis, or with larger areas. 


Application of this or any similar procedure on a smaller area basis will create 
more situations where an apparent problem is investigated and found to be nothing 
but a local temporary “string of bad luck.” 


The criteria and their application procedure can be fine-tuned to balance detection of 
potential problems (desirable) with the resources it can require to study false positives — 
situations that turn out to be not trend or pattern, just a run of “bad luck” in an area. Setting 
the criteria to shorter periods (i.e., perhaps 3, 5, and 8 months instead of 5, 6, and 9 months) 
will detect trends earlier, but it will also generate many more situations where an identified 
trend is investigated and found to be nothing significant, and a “waste” of resources. 


Performance-Based Rates and Penalties 


Another regulatory device used to relate reliability to financial incentives is performance- 
based rates (PBR). although more often as implemented they are really only performance- 
based penalties (PBP). Performance-based rates involve a considerable number of issues 
and are quite complex in and of themselves. Entire books can be written about PBR theory 
and application. This section will only summarize a few key points. 

Continuous improvement programs of the type discussed above are a form of PBR in 
that concept’s widest and most legitimate interpretation, a form of PBR known as RPI — X. 
Here, the utility is permitted to charge a rate that is indexed to the retail price index minus 
an amount, X, that represents improvement they can achieve and which is adjusted 
periodically. Often X is a function of time. One or more incentive (penalty) for performance 
(reliability) factors are also included - 


Rate charged = OR x (RPI(t)/RPI(0)) - X x t+ Ry(Pia- Pin) + Ro(P2g/Pan) +. - (21.1) 


basic rate improvement rewards and penalties 


where t is the number of years since the program was begun, at time = 0 
OR is the original rate, as charged when the program was begun 
RPI(t) is the retail price index at time t 
X is an adjustment factor for improved performance, perhaps .2% per year 
R, is the nth of N incentive penalty metric 
P,, and P,, are the actual performance and target performance of metric n 


This approach to pricing gives the utility incentives to make all of the performance efforts 
one might wish. The basic rate and the improvement essentially index the utility’s rates to 
inflation (the RPI) and a constant need for improvement. (It is typical for regulators to 
adjust the X factor over time, and not necessarily to leave the factor X in the equation above 
constant over the long run.) 
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Although only two are shown in equation 21.1, any number of performance areas can be 
included. For example, P,, might be the deviation from the utility’s SAIDI target. Perhaps 
the target was 120, the actual performance 117, and the incentive of $.0001 mils/minute. 
Then (Pia - Pin is 3 and the utility is permitted to charge .003 mils/kWh more during the 
year. 

The second factor might be the number of feeders in the system that were on the list of 
worst-performing feeders with respect to SAIFI in year t - 1 and in year t, with an R» worth 
.0015 mils per unit.° The target value would be zero 0 (i.e., in practice this is only a penalty 
factor) and perhaps the utility’s performance was 2, so it will pay a penalty for this factor 
that essentially counteracts what it earned on the first factor. 

The author stresses that equation 21.1 shows only the general concept and basic intent of 
RPI - X regulation. Actual implementation is always more complicated. Usually, the 
incentives and penalties are not computed on the rate basis but overall (i.e., rather than 
compute a miles per kWh value, the formula computes how much total reward or penalty 
the utility receives). Subsequent formulae or discussion between regulator and utility 
determines how it will recover or repay that by changing its rates. The performance factors 
are also often non-linear, or capped at certain limits, or may have “forgiveness regions” 
(e.g., SAIDI target is 120 minutes but no penalty unless performance is above 135 minutes 
and no incentive unless below 115 minutes). 

If implemented well, with performance targets that have been thought through well, and 
with incentive/penalty R, factors set realistically with respect to the utility’s costs,’ this 
form of PBR can work very well, leading to financially healthy utilities that innovate, 
driving down costs while performing well. 

In some cases, regulatory commissions have implemented PBR in an expeditious form 
which can be interpreted as a form of equation 21.1. There, rates are not indexed to the RPI, 
but merely held constant for a period of perhaps five years. Essentially, the X(t) factor in 
equation 21.1 is set equal to the increase in the RPI. It is very common to see the 
performance factors applied only as penalties, with no basic cost-reduction incentive (the 
RPI factor) and no incentives to improve performance. 


PBR deadbands 


It is common for a PBR reliability “formula” io have a deadband — a pius and minus range 
of performance about the nominal target — over which no penalty or incentive applies, as 
shown in Deadbands are used to provide an allowance for year-to-year 
variations in performance. 


6 By focusing on worst-performing feeders, this factor is a type of “distribution of reliability” factor as 
mentioned in section 21.4. Applying it by looking at how many feeders are on the worst-performing 
list in consecutive years provides a “fair” way of penalizing the utility if it does not take action on its 
worst performing areas. The regulators realize that in any system, there will always be feeders which 
are the worst performing. The real issue is whether the utility does something about them. 


7 The point here is that the performance factor does no good unless it matches the utility’s actual costs. 
If the utility discovers that it pays $1,000,000 a minute for poor SAIDI performance, but that it costs 
it $1,100,000 per minute to attain performance, it will have an incentive to ignore its targets, cut 
costs, and just pay the penalty. Likewise if the incentive is too lucrative it will “pile on” performance 
over and above the desired target. 


Copyright © 2004 by Marcel Dekker, Inc. 


770 Chapter 21 


10 


incentive 
Léy} 


(Millions of Dollars) 
i=] 


Penalty 


10 
50 100 150 200 
SAID 


Figure 21.3 Two PBR formulae for SAIDI. Both target a nominal performance level of 120 minutes 
and value one hour over or under that figure with a $10 million penalty/incentive. The solid line has a 
plus or minus 30-minute deadband about 120 minutes. The dashed line does not. 


Optimizing PBR 


(eS amin the application of predictive reliability analysis tools and methods 
0 “Optimize” plans with respect to PBR risk and expected cost. Usually the utility’s goal is 
to minimize the sum of the costs of all efforts made to improve reliability and the 
penalty/incentive it must pay based on the result. In this approach, probabilistic distribution 
of reliability results are used along with the PBR formula and detailed 
planning analysis of the costs of various reliability mitigation schemes to determine how 
much and on what the utility should spend to improve reliability and what level it should 
target — when it should stop and when and where it is “optimal” to simply pay the penalty 
(if the cost of incremental improvement of reliability is more than the reduction in the 
penalty/increase in incentive payment gained). In some cases the optimum solution may be 
to simply plan on paying the penalty and not spend to try to achieve the regulatory target. In 
spite of this, more than one utility has made it a policy to spend the extra money for image 
reasons even though the penalty does not justify the expense.® 


Premium reliability and performance-based contracts 


Most utilities are permitted to negotiate and implement a contract outside of the normal rate 
schedule with any commercial or industrial customer who is willing to pay for special 
facilities or service. This is quite common, and most utilities have policies and rules 
(approved by regulators) on how the costs of such special facilities are to be charged to the 
customer or absorbed by the utility and that lay out exactly how “special” rates for these 
situations wil] be determined. For example, one utility will pay for any additions needed to 


8 A common problem with initial PBR penalty and incentive formulae in some states is that they do 
not have an appropriate cost-consistency so that this dilemma is avoided. Ideally, the PBR formula 
ought to be based on the utility’s cost of attaining the performance, giving it a slight additional 
profit, put only a slight additional profit, if it attains or slightly surpasses the nominal performance 
goal. Otherwise, the utility may be tempted ~ and certainly may have an incentive to — “solve” its 
performance challenge by just paying the penalty, or conversely see a windfall profit level because 
the cost of attaining superior (large incentive) levels is so low that it is very profitable for it to 
grossly exceed it. 
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provide service if a business case will pay for them within three years. Anything beyond 
that must be paid, at the time the costs are incurred, by the customer. 

Regardless, traditionally such arrangements focused on providing superior levels of 
service quality and were, like traditional planning, guideline-based. For example, a large 
industrial customer might request dual transmission feeds to its substation in order to avoid 
interruptions of service from a single radial line. Or it would merely request “better 
reliability” and this solution would be suggested by the utility. 

In such a situation, a utility can simply offer the customer premium levels of reliability, 
rather than directly “sell” a particular solution. Here, a form of value-based planning is 
used. The customer’s costs of interruption and other factors related to its desire to have 
premium service are weighed against the costs of providing that level of reliability. 
Predictive reliability analysis methods are used, often extensively, to estimate expected 
results. A price (rate) for the electric service is determined that will recover the utility’s 
costs. Often, the contract will include penalties paid by the utility to the customer for 
interruptions of service. In those cases, the rate the utility charges covers both the costs of 
the system additions and their operation that it makes in order to improve service, and the 
money for an escrow to cover the expected amount of penalties to be paid, based on the 
computed probabilities of outages occurring. 


Reliability Tiers and Differentiated Areas 


As discussed above, in the long run a utility must be able to afford to achieve its reliability 
targets, whether implemented as PBR or not. Part of this concern is practical in the most 
pragmatic sense — if the utility cannot achieve those goals in a long-term, sustainable 
manner, either it will fall short of its goals or falter as a business. 

As a conceptual exercise about setting and managing reliability targets, the reader can 
consider two utilities, one rural, one urban, that merge. For the sake of example assume 
both make the identical return on investment. The rural utility has fewer customer per mile 
of circuit and charges a slightly higher rate per kWh than the urban utility. However, in 
spite of its higher rates, it has set its reliability target much lower than the urban utility: the 
costs of owning and operating a rural system with light load density more than outweigh the 
slightly higher revenue per customer it receives. Consider the situation after the merger. 
The new, combined rural-urban utility could reconsider its rates and reliability targets and 
take one of four courses: . 


1.A single new rate schedule and a single new reliability target compatible with 
that rate’s revenues, both applied over.its whole system. 


2. A single new rate schedule applied over its entire system and different reliability 
targets for the rural and urban areas. 


3. New, and different rates in the rural and urban areas and a single reliability 
target for the entire system. 


4. New and perhaps different rates for each of the rural and urban areas,” along 
with new and perhaps different reliability targets for the rural and urban areas. 


As stated earlier in this chapter, typically a utility cannot justify the same reliability 
performance levels in sparsely populated rural as opposed to densely populated urban areas. 


° Mergers are justified to regulatory commissions on the basis of increased efficiencies (lower cost) 
due to the larger economy of scale for the merged utility. Therefore, after the merger this example 
utility would typically have to revise its rate schedule. 
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Thus, the new, merged utility will very likely have to pick from either option (2) or (4), the 
two that have different reliability targets for the rural and urban areas. The decision between 
(2) or (4) — the issue of whether it should have a common or different rates for these regions 
is One it must consider in company with its regulators. The answer often depends on both 
historical precedence and the amount of cost difference between the different areas. A 
common decision made in such situations is to pick reliability targets that lead to a cost per 
customer or cost per kilowatt hour that is within + 15%, and then use one rate. Only if this 
approach leads to a reliability differential that is too extreme (e.g., 60 minutes SAIDI in the 
urban region but 40 hours in the rural area) would different rates then need to be applied to 
the two areas. 

Regardless, the point of this conceptual exercise is why shouldn’t a large existing (non- 
merged) utility with similar rural and urban areas take this same approach? The use of 
reliability tiers or different reliability targets is appropriate in many circumstances. As 
stated earlier, differences in reliability will exist among areas with different geography, load 
density, customer density, and weather. In some cases a utility will want to acknowledge 
these with an appropriate set of reliability targets and criteria based on them. That often can 
be implicit (all the rural areas just happen to be the “outliers” in the distribution of results 
throughout the system) but it is often best to make it explicit, target specific performance in 
each region, and manage to those targets. 


21.3 PRACTICAL ISSUES OF RELIABILITY-BASED CRITERIA 
Targets Are Based on Expected Reliability 


Planners work in the future. The targets developed and applied for planning are used in 
designing systems that have yet to be built or operated. Reliability targets represent 
expected results. Compliance with the target is usually determined a priori using some form 
of predictive reliability analysis such as a “reliability load flow” method (see (Chapter 23). 
This will by its very nature be a probabilistic method, one that determines the expectation of 
of reliability results by computing based on failure rates, configuration, and perhaps 
assumptions about weather and load. 

A major point for planners and managers to keep in mind is that actual results are bound 
tu deviate slightly from expected results, which represent a probabilistic averaze. Year-to- 
year variations in reliability of a system will be due to weather and just “luck.” How much 
variation the utility should expect must be determined by statistical analysis of past and 
present results and system behavior. However, usually one or two years of performance 
better than target is not a cause for self-congratulation, nor are one of two years of poor 
performance anything more than an indication that the utility should be concerned. 

It is important that the utility track results to determine that when year-to-year variations 
are taken into account actual results do match expected reliability, assuming that plans are 
built and operations conducted as expected. It also needs to determine that its predictive 
reliability method, whatever it may be, is accurate and calibrated correctly. 


Load vs. customer measures for criteria and targets 


There are a host of indices, some that measure reliability on a customer basis, others that 
measure it on a kWh basis. (There are also indices that measure reliability on only a peak- 
demand basis but these are rarely used.) These fundamental categories of index differ in the 
base ~ what they use as the “per [{ ... unit . . . J” basis for their computation. Thus, 
customer-based indices, like SAIDI and SAIFI, “count” each delivery point as equal and 
average reliability results over all customers equally, regardless of their demand or energy 
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purchases. By contrast, an energy-based index such as CALCI (see|section 4.2) will weight 
a large customer’s interruption of power more than a small customer’s. 

An important policy decision with respect to reliability engineering is the determination 
of which basis to use — whether to a customer or demand or energy metric. If the utility uses 
a measure like CALCI that weights the reliability results seen by a customer who buys a lot 
more power than those seen by a consumer who buys little, then the utility’s planners will 
ultimately pay more attention to and be willing to spend more money on providing 
reliability to the customers who buy a lot of power — doing so will drive down the index 
more than focusing on “small” customers. 

There are many intertwined issues involved in the decision on which reliability indices 
to use as targets and as the basis of the criteria, foremost among them politics and image. 
Regardless, the vast majority of utilities and regulatory commissions have decided to use 
customer-based rather than demand- or energy-based indices: each customer is treated the 
same from a reliability standpoint, regardless of how much power they buy. SAIDI, SAIFI, 
and similar indices treat all customers as “equal” — they will respond to the reliability 
problems of a large commercial enterprise with a demand of 3,000 kVA, that purchases 
$17,000,000 of the utility’s product and services every year, exactly the same as they would 
if a residential customer with a peak demand of 4 kVA who spends only $1,700 a year on 
power had the same problems. By contrast, criteria based on an index like CALCI will 
weight the industrial customer’s problems many (about 1,000) times more important than 
the residential customer’s. 

Often, the major argument given for the use of “customer based” indices is some form 
of a “democratic concept” about reliability of power — large and small all deserve the same 
level of service quality (this is a remarkable concept in and of itself that has many 
interesting implications). By contrast, proponents of demand- or energy-based indices argue 
that a utility should pay attention to customers who buy more of their product, that such a 
policy is only good business. Certainly, many businesses follow this dictum, for example 
most airlines, who have special “gold service” clubs with discounts and rewards for their 
better customers. Most arguments for demand- or energy-related indices justify them along 
these “business reason” lines. 

As is often the case with, and the cause of, most controversies, there is some validity to 
each pvint of view. However, on balance customer-based indices are the most appropriate 
of the two approaches.. What they really imply is a “democratic” viewpoint with respect to 
kilowatt hours — the utility is trying to provide the same quality for each unit of its product. 
This is not a perfect approach, however, because of one practical matter related to how 
criteria are applied by planners. They are generally used in processes that attempt to 
maximize “bang for the buck.” If criteria are customer-based, then planners will see the 
same “bang” — progress toward meeting their system target (a criterion) — whether they 
improve the large commercial customer’s or the smal] residential customer’s SAIDI by ten 
minutes. Almost certainly, the changes needed to improve the residential customer’s service 
will cost far less. In general, planners will “neglect” making improvements in large 
customers’ service because they can get equivalent “bang” much more economically by 
focusing on customers who have less demand. 

This is a legitimate concern. If only indices like SAIDI or SAIFI are used and plans are 
“optimized” on a bang-for-the-buck basis with respect to targets based on only customer- 
based indices, then it 1s likely that larger customers will see worse-than-average reliability 
(that average being the target), as shown in However, in practice, two 
important factors work against this happening to any large degree. First, as discussed above, 
there is usually a criterion based on the distribution of reliability among customers that is 
implemented in parallel with average-performance targets. This will prevent a utility from 
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Figure 21.4 Scatter diagram of 390 randomly selected consumers picked form a theoretical system in 
which all size customers are served from the same level of the system, optimized for a SAIDI target of 
120 minutes with a “distribution” constraint that set an upper limit of times two (240 minutes). All 
customers were served from the service level. As can be seen, there is some relationship between size 
and reliability. 


“neglecting” any customer, large or small, simply because it was less economical to fix 
their problems than someone else’s. However, within the limits set by the “distribution of 
results” criteria, larger, more-expensive-to-serve Customers may occupy the “poorer than 
average” portion of the histogram, and smaller customers occupy a majority of the “better 
than average” portion of the distribution. 

Second, large and small customers are served by different levels of the system. The 
large commercial and small residential customer in the example above would likely be 
served at the primary and service levels respectively. The power system is a chain, and 
ieliability at the primary level will almost always be superior to that provided by the service 
level feed from it. Recommended procedure later in this section is to set reliability criteria 
(targets) in a progressive manner by level of the system: if the customer (service) level 
criterion is a nominal 120 minutes, perhaps the primary level is 90 minutes (meaning the 
service level is responsible for 30 minutes of SAIDI). Table 21.2 shows one such example. 
This wil) be discussed more later in this section and in section 28.3, 
Optimizing Reliability Cost Effectiveness, which discusses how reliability levels at each 


Table 21.2 Example of Progressive Reliability Targets at Various 
Levels of a Power Delivery System - Minutes 


Level SAIDI Worst Permitted 
High-side bus, substations 8 | 
Low-side bus, substations 20 30 
Primary feeder nodes 90 150 
Service entrances, service level 120 240 


Copyright © 2004 by Marcel Dekker, Inc. 


Reliability-Related Criteria and Their Use 775 


level of the system are determined to optimize cost-effectiveness overall. This “large 
customers are served farther up the chain” practical reality eliminates any egregious 
reliability bias of the type shown in The only customers served at the primary 
level are large customers. Therefore, if as a class they are targeted to a 90 minute target, 


even the worst of them will receive reliability well within the “120-minute SAIDT’ 
guidelines for smaller customers, too. 


Application on a customer and/or feeder basis 


A utility’s overall goals with respect to reliability are directed at reliability as measured at 
the customer level, whether with a customer-based or demand/energy-based index. But 
while SAIDI, SAIFI, CALCI, and similar indices measure reliability as seen at the customer 
level, much of the reliability planning aimed at achieving a utility’s SAIDI and SAIFI goals 
will be applied on a circuit level. At some point, the utility must translate or relate 
customer-based reliability goals to criteria it can relate and apply to its circuit engineering. 

Perhaps the most important point planners must understand in achieving reliability 
results is that reliability will — must — vary somewhat from place to place on any circuit. 
This was discussed earlier in this chapter. Pragmatically, there is no way to avoid such 
variance, for no matter where the substation and how the circuit is arranged, sectionalized, 
and protected, there will be some customers who are near the source and in very protected 
sections and others who are not and thus have more exposure to failure-related service 
interruptions. Planners and engineers can control this situation somewhat, changing both the 
pattern of variation and, to some extent, its magnitude, but this basic characteristic cannot 
be changed. 


21.4 APPROACHES AND CRITERIA FOR 
TARGETED RELIABILITY PLANNING 


How does a utility implement planning and design criteria targeted at a certain reliability 
performance? As summarized in the opening section, there are three basic planning 
approaches, each requiring both a different planning approach and criteria, standards, and 
guidelines appropriate to that approach — rules that work well within its context. These three 
approaches and their criteria are discussed in this section. First, however, will be a 
discussion of methods for setting reliability targets. 


Six Methods for Setting Reliability Targets 


Ultimately, someone must decide upon the overall targets for reliability. There a number of 
ways a utility can set reliability targets or goals for its system and operation, briefly 
summarized below. Most important among the many issues involved is whether the target 
and the utility’s financial performance form a sustainable combination; can the utility afford 
to achieve the targeted level of reliability when earning only the revenues generated by its 
rate schedule and still make a sufficient profit to remain a viable business? Regardless of 
whether the utility is subject to performance-based rates (PBR) or penalties, only a 
reliability target/rate-schedule combination that provides a reasonable business case will 
last over the long run. 


Method 0: Targets set by regulators 


Some utilities have no choice about their reliability targets. Their regulatory commission 
sets the targets for reliability, often through performance-based rates or penalty formulae 
applied to the utility’s permitted rate schedule. As discussed earlier, hopefully these targets, 
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and any penalty and incentive formulae, are adjusted to be consistent with the utility’s 
incremental cost of improving reliability, so the system is sustainable. Regardless, this 
situation removes the burden of determining a target from the utility, but removes it from 
the process of setting performance targets for its customers. It is best to have the utility and 
regulators determine the targets, and any performance formulae attached to them, in 
cooperation. 


Method 1: Targets based on average past performance 


If there is no indication that there has been any problem with past performance, one can 
merely average the past five to ten years of performance and use that as a target. Given that 
the utility’s profitability and customer satisfaction have been adequate over that period, this 
method will lead to a fairly “sustainable” reliability target. 


Method 2: Targets based on “acceptable” past performance 


If past performance has been somewhat spotty, unacceptable in some years and acceptable 
in others, historical performance can still be used to define the reliability target by 
identifying acceptable and unacceptable years with regard to past performance and using 
limits between these two categories to set the targets, as illustrated in Figure 21.5. This is 
actually a more rigorous method of finding a reliability target than method 1, because it 
identifies and defines limits based on both acceptable and unacceptable performance. (By 
contrast method 1 identifies only acceptable performance. It gives no indication of whether 
the targeted level is far in excess of the minimum acceptable performance level.) Whether 
the targeted level of reliability that this method produces is sustainable under present or 
future revenue structure is a matter than must be determined through analysis, or simply by 
trying it to see if the utility can deliver that level of performance. 


SAIDI 


60 90 120 
SAIDI 


Figure 21.5 Annual interruption statistics for an electric membership cooperative located in the 
southern United States for 1985 through 1995 give an indication where its reliability targets should be 
set. Customer interruptions in 1985, 1988, 1991, and 1995 (solid dots) were considered to be “worse 
than desired” while other years (lighter dots) were considered satisfactory. Thus, the reliability design 
targets lie somewhere in the shaded column (duration) and row (frequency). 
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Method 3: Targets based on an arbitrarily set target 


Some utilities arbitrarily set a target, usually at a value somewhat better than the utility’s 
past performance. Targets are often picked for image or public appeal reasons. Popular 
choices are 100 minutes and 80 minutes SAIDI. In the author’s experience, usually these 
arbitrary targets prove unsustainable and are abandoned or modified once executives see the 
full measure of cost associated with improving their system wide performance to that level. 


Method 4: Targets based on budget constraints 


Reliability targets can be determined by “optimizing” them based on a specific spending 
level, in the manner covered in|Chapter 6’s| discussion of profitability. The utility applies 


the iB/C method to rank all spending options on the basis of reliability gain per dollar spent. 
This produces a Pareto curve (see|Figure 6.1) that gives the minimum possible spending 
needed to achieve any particular level of reliability for the utility. A specifically selected 
budget amount then implies the best reliability target the utility can achieve if spending is 
limited to that budget amount. 

Whether this target and the utility’s revenues make a sustainable long-term combination 
depends on how and why the particular budget level was set. If it was determined in the 
manner described next, then the combination is sustainable, otherwise it may not be. In 
some cases, budget-constrained targets determined in this manner are below (i-e., reliability 
somewhat less) than the sustainable level that the utility’s revenues, in the long term, would 
justify. Usually in such a case, the utility has to cut spending in order to weather a financial 
crisis. Once that is resolved, it will be able to spend more, and thus improve upon the 
current target. 


Method 5: Targets based on a business case 


Setting reliability targets on the basis of a profitability target or business-based case is a 
special version of 4 above. The utility first determines the budget (spending limits) 
associated with the profit target it wants, and then applies the budget-constrained method (4 
above) to these limits. The author is aware of no utility that has used this approach in as 
comprehensive a manner as is theoretically possible, but he has helped many utilities study 
cost vs. reliability to support this concept. 


Continuous improvement 


How does a utility, or its regulators, know if a reliability target represents the highest 
reliability that is sustainable under the present, or a proposed, rate schedule? After all, the 
fact that a utility can achieve a specific reliability target while making its regulated rate of 
return doesn’t mean that it couldn’t work harder or smarter and do the job for less, 
permitting a reduction in its rates. Despite the efficacy of reliability-based methods of 
optimizing system design and performance (Chapter 23), an engineering basis for 
determining the lowest possible spending a utility needs to achieve a particular reliability 
goal is not recommended to determine the “ultimate” that a utility can achieve. Engineering 
studies have too narrow of a breadth to capture all of the performance aspects. 

‘One effective way to determine best sustainable combination of reliability and revenues 
that a utility can achieve is to challenge it to gradually do better by giving it an incentive to 
trim costs in a way that does not erode performance. This is often done with the PBR 
structure discussed earlier. To use it in this manner, regulators and the utility must agree on 
a rate structure targeted at a certain combination of reliability and cost (cost being based on 
the rate structure). If the utility maintains reliability at the target level but drives costs below 
the cost target level, it is permitted to keep a portion (e.g., half) of the difference as 
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additional profit above its regulated rate of return, and must refund the rest to its customers. 
Everyone wins. At the end of the three- to five-year period, the actual costs for the period 
form the new cost target for the rate period — i.e., the utility must reduce its regulated rates. 
It is now expected to perform to that level thereafter, while making only its regulated rate of 
return. This approach has been successfully applied in several cases (notably Ameren in 
Missouri). Of course, eventually the utility will drive down costs to the point where it can 
find no way to improve them, and will earn only its allowed rate of return. But from a 
practical standpoint, the optimum cost basis will have been found. Even in such a case, it 
would be prudent for regulators to leave the incentive system in place — the utility would 
have an incentive to continue to look for ways to employ new technology as it becomes 
available to further drive down costs, etc. 


Basic Approaches to Reliability Planning and Their Criteria 


The rest of this section discusses in turn the three basic approaches to “handling reliability” 
in T&D planning that were summarized in this chapter’s introduction. Each has advantages 
in some situations. 


Reliability Planning Approach 1: Traditional! 
Planning Method (Perhaps Slightly Modified) 


If the utility elects to set its reliability target(s) based on its average past performance 
(Method 1, earlier in this section), it may decide to stick with the planning method and 
criteria that provided this performance level. Those criteria, in company with the traditional 
planning method they fit, will provide the traditional level of reliability performance. 

However, the traditional approach and criteria will also lead to traditional levels of 
spending, which is why few utilities are completely satisfied with this approach. Most 21" 
century electric delivery utilities need to reduce spending as much as possible, to the extent 
it does not impact reliability. To do so, they will have to change how they build and operate 
their system. That implies they must change criteria and their planning and operating 
processes. 

Thus, the real issue for any utility that decides to stay with a traditional or near- 
traditional planning approach and criteria is how it will reduce costs significantly while 
keeping reliability at the targeted level. Generally, utilities that take this approach try to 
modify or evolve their traditional criteria to gradually reduce costs. While that approach is 
sometimes partly effective, it typically fails to deliver a sustainable combination of 
acceptable reliability and cost reductions. Approach 3 (reliability-based guidelines), to be 
discussed later in this section, is the only approach the author has seen that both retains 
some of the traditional planning approach’s structure and methodology and also produces 
good results. The distinction between that approach and this traditional planning approach 
is that here the traditional criteria are retained, being adjusted or modified based on intuition 
and deterministic study. With a reliability-based guidelines approach, criteria are “zero- 
based” and justified solely on the basis of performance requirements (for reliability, safety, 
and other aspects). 


Reliability Planning Approach 2: Reliability- 
Based Criteria and Planning Method 


At the other end of the spectrum of possible reliability-based planning methods from the 
traditional approach is a complete reliability-based planning method with criteria — targets 
based on and derived from explicit reliability measures. Here, the power system is designed 
directly to, and money is spent based on, attainment of reliability targets, using reliability 
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analysis and planning tools (Chapter 23). The utility eschews hard and fast guidelines on 
design, loading, contingency margin, etc., and uses only a reliability target approach for 
planning (Chapter 28. Elements of the system are designed so that the reliability 
downstream, as seen by the customer, achieves an appropriate level of SAIDI, SAIFI, or 
whatever reliability index is used as the target. Cost is optimized to achieve this goal. This 
is the type of planning discussed in and diagrammed in|Figure 6.13} Aspects of 
its use for reliability criteria application will be discussed later in this chapter. 

Here, traditional types of criteria, such as loading limits for equipment, criteria for the 
number and sectionalization of switches on a feeder, and the bus configuration and number 
of transformers at a substation, etc., are at best guidelines, and loose ones at that. They are 
not totally ignored, but money is spent to satisfy them only when they have some relevance 
other than reliability. This means that most loading limits (as traditionally applied), all 
contingency margin and switching configuration requirements, and other similar, reliability- 
related criteria among the traditional set are no longer used. Certain other design criteria 
may be required to meet code or safety requirements. Still others might be needed for 
esthetic or environmental impact reasons. 

Reliability is handled by designing the system explicitly to specific reliability targets. 
An effective means to accomplish this transition from customers to feeders is to set criteria 
something akin to the voltage drop criteria with respect to reliability, what might be called 
‘interruption increase” or “reliability drop” criteria for feeders. Both voltage and reliability 
will vary throughout a feeder, for the reasons cited above, yet criteria applied to design 


results can be applied to both to see that overall system goals are met. 


Table 21.3 Comparison of Voltage and Reliability Design Criteria for Feeders 


Aspect Voltage Reliability 
Overall goal Assure that all customers Assure that all customers 

see at least the minimum see at least the minimum 

acceptable performance level acceptable performance level 
Targets Nominai {20 volts and Nominal 120 minutes and 

no more than 3% flicker no more than 1.5 inter./year 
Permitted range Range is 126-113 volts with Expectation is 30-200 minutes 
or acceptable no more than 3% flicker with. 3-3 interruptions expected 
performance 
Expected results Load flow analysis of “Reliability load flow” 
determined by proposed circuit analysis of proposed circuit 

(see Chapter 22) (see Chapter 23) 
Applied to/on a Circuits/on a nodal basis Circuits/on a nodal basis 
Acceptable Engineering voltage drop Engineering interruption reliability 
performance by making changes in switching, by making changes in switching, 
achieved by... capacity for lower impedance, capacity for greater contingency 


use of “active” or “automated” 
control measures such as LTCs, 
LDC’s, line regulators 

(see Chapter 14) 
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use of “active” or “automated” 
control measures such as 
reclosers, sectionalizers, rollover 
switches (see Chapter 14) 
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With reliability-based approach, planners perform an annual planning cycle to review 
the future system. They perform a load forecast, which now typically includes projections 
of customer counts, not just peak demand, because SAIDI and SAIFI and similar indices 
are based on number of customers, not load. The forecast load and customer values are 
input into both a load flow (predictive voltage performance evaluation of the future system) 
and reliability analysis (predictive reliability performance evaluation of the future system). 
The outputs of these two analytical procedures identify deficiencies — areas or situations in 
the future system that do not meet voltage and loading (Joad flow) or reliability criteria 
(reliability analysis). 

Planning studies are then conducted using further load flow and reliability analysis 
program applications to focus on correcting the deficiency in each problem area, identifying 
the best (lowest cost) way to raise performance to where it does meet criteria. Often, as is 
the case traditionally, planners have to look at short-, medium- and long-term needs and 
solutions and optimize PW over the long range. 

Reliability criteria really are quite similar to traditional voltage criteria in both form and 
usage, as shown in|Table 21.3} The criteria applied to both the initial planning cycle “scan” 
of the system and the planning studies of future circuits aimed at correcting deficiencies are 
directed in both cases — voltage and reliability — at performance as seen by the utility’s 
customers. Voltage criteria typically lay out a range of maximum and minimum voltage at 
nodes on the primary feeder circuit — allowance is made for expected voltage drops in the 
secondary system, as was covered in[Chapter 20} 

Reliability criteria are just as straightforward. They lay out average, maximum, and 
minimum reliability limits at nodes on the feeder nodes, and again allow some margin for 
the service level of the system. Using the values infFigure 2124 example, planners aiming 
at 120 minutes SAIDI would design the primary feeder system so: average SAIDI on the 
feeder was 70 minutes (90 — 20), with no element beyond 120 minutes (150 — 30). 

There is also often a lower SAIDI limit used. This has a different interpretation in the 
planning process than other reliability, or voltage, criteria. In this example, planners might 
set the lower limit on SAIDI at 50 minutes. Primary feeder design criteria would be 
minimum 30, average 70, maximum 120. This does not mean that they will work to 
increase SAIDI to above 30 minutes in areas where it is less. Rather, it means that no credit 
is given for SAIDi below 30 minutes. If the predictive reliability analysis program 
computes a 20-minute SAIDI on a portion of a circuit, it is treated as if it is 30 minutes. 
Application of a lower SAIDI limit in this manner tends to minimize non-equitable 
reliability results of the type discussed earlier in this chapter and in [Chapter 28| section 
28.6. Some planners and utilities will omit this lower criteria and plan to only average and 
worse values, and obtain good results. But the lower criteria are of some help in ferreting 
out good solutions in many cases, particularly in systems with higher primary voltages. 


Reliability Planning Approach 3: Reliability-Designed Criteria 
and Guidelines within a Traditional Planning Approach 


For all of its advantages, reliability-based planning carries with it the need for new 
processes, which means new skills, re-organization, and training, and new tools, which 
means new IT and data systems to feed the tools. These changes often take time to 
implement, and regardless of the time, the change costs money. 

The advantage of this approach, which can be considered an interim, or “compromise,” 
between methods 1 and 2, is that it can be applied within a mostly traditional planning 
process, utilizing traditional planning tools, data, and skills, merely augmented and 
modified by only a few straightforward additions. Here, reliability-based analysis methods 
are used, but only in special, initial studies made to determine how to change (“optimize”) 
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design and utilization criteria and planning guidelines to improve reliability/dollar 
performance of the system and the planning process. 

These optimized criteria and guidelines are quite like their traditional counterparts in 
that they specify the “solution” and not the result; they lay out the equipment types, loading 
limits, types of design and circuit configurations, switching, and so forth that planners will 
apply. Like those traditional criteria, they are applied within a traditional type of planning. 

This approach’s disadvantages are that it is not as effective in optimizing the 
reliability/dollar performance of the system plan nor in getting as much reliability focus as 
possible out of the planning process itself. Like the traditional approach, it still 
accomplishes the overall goal - good reliability — by application of rules that reach that goal 
implicitly. It just applies better-designed rules. In practice this means it does not drive down 
costs as much as complete reliability-based planning, nor work as well in special cases of 
premium reliability design to a specific site. On balance, however, it is often a preferred 
approach, at least as a transition, because it can provide effective improvement (i.e., cost 
reduction without significant reliability erosion) almost immediately, without the delays and 
costs required for the transition to complete reliability-based planning. 

To take this approach, a utility picks selected parts of its system, forming a 
representative sample of its planning situations upon which it will do detailed study. It 
forms a list of potentially reliability- and cost-reduction-related “solutions” — designs, 
equipment, decisions, or actions it could take to improve reliability or reduce cost in its 
plans. It then performs a set of test planning scenarios on the various study areas it has 
selected, using a comprehensive reliability-based analysis, evaluation, and planning method 
to rank the potential “solutions” with regard to cost-effectiveness. In and of itself this is not 
terribly effective. Making the new criteria and guidelines an effective planning system 
depends on categorization and linkage. New guidelines must guide planners to identify 
planning situations as falling into different types of categories, and criteria specifying sets 
of actions must be developed for each. 


Categorization. This new-criteria study must develop a set of easy-to-apply 
guidelines that future planners can use to determine that a particular planning 
problem belongs to a certain category of planning situation. These categories must 
be distinct. identifiable from reasonably easy to determine factors, useful for 
reliability planning/cost reduction, and cover the range of all possible situations. For 
each such category, different criteria — specifications and priorities for design, 
utilization, and application of reliability improvement or cost-reduction solutions like 
automation, etc. — are then developed. 


Linkage. Most of the measures one can apply to improve reliability in a power 
system interact with other potential measures that improve reliability. “Linkage” 
refers to how guidelines and criteria lead planners to specify compatible sets of 
actions or applications. For example, automated switching alone will not provide 
much reliability unless there is sufficient capacity margin to handle the switched load 
and sufficient voltage support (and control) to stay within voltage requirements. The 
successful reliability-designed criteria set will identify sets of solutions, or 
relationships among measures, for each category. 


Identifying the categories and then determining revised design criteria and planning 
guidelines for each is not entirely straightforward, but can be done in an organized, 
straightforward, and rigorous manner. No details will be given here both because it is a 
lengthy method beyond the scope of this chapter’s detail and because it is, in effect, the 
author’s stock in trade. 
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Figure 21.4 One-Page Summary of Chapter 21 


Reliability of service has always been an important priority in electric delivery planning and 
operations. Traditionally, it was achieved through indirect means, by designing and operating their 
systems to criteria which implied reliability. 


Modern utility practices generally call for direct measurement of customer service reliability and 
management of the utility toward targets or goals based on these metrics. 


Modern emphasis on reliability has developed due to the increasing importance of continuity of 
service to all energy consumers, driven by technology which permits it to be measured and managed 
directly. 


The widespread use of digital equipment is overstated as the reason for increasing emphasis on 
reliability. While it has caused some shift to greater emphasis on frequency of interruptions, if the 
whole world were “analog,” electric reliability would still have grown in importance in much the same 
manner as it has. 


Three different approaches to reliability planning are the implicit reliability criteria approach 
(traditional), reliability-based planning (modern), and the reliability-based guidelines approach, 
which is a hybrid of traditional methods with criteria based on modern principles. 


Reliability targets are based on expected reliability. 


There are at least six methods of setting reliability targets for a utility. Some are more 
comprehensive than others, but no method is uniformly superior in all circumstances. 


Reliability criteria must be customer-based and focus on interruptions. Reliability guidelines and 
planning criteria can be customer-, equipment-, or system-based and can relate to either interruptions 
(customers) or outages (equipment). 


SAIDI and SAIFI are by far the most widespread reliability measures in use. Many state utility 
commissions require them to be reported. But their popularity is due mostly to the fact that they are 
easy to understand and widespread regulatory reporting requirements. 


Consistency of reliability is important. Most utilities make an effort to achieve close to average 
reliability for all customers. They use measures of “equitableness,” usually by identifying “outliers” 
— those customers or circuits who received far worse than average or targeted reliability. 


Yeav-te-year differences in reliability are inevitable in any utility system. (overall or in any ove 
locale) due to differences in annual weather, storms, and just “luck.” 


Locational] differences in reliability are inevitable in any power system, due to differences in 
configuration, routing, service area shape, and equipment utilization forced on a utility by the need to 
fit cost-effective circuits into urban, suburban, and rural landscapes. 


Premium reliability contracts explicitly identify the reliability to be delivered by a utility, usually 
specifying higher-than-typical reliability (although in some cases they may differ from a “normal” 
contract in simply identifying what reliability is expected). Usually, they set targets, outline a penalty 
or rebate for failure to make the targets, and call for a higher base rate in return for the improved 
reliability and rebate-clause. 


Tiered reliability involves application of different targets and criteria for different types of areas. For 
example a utility might have different expected performance and design standards for urban core, 
urban, suburban, and rural areas. To be effective, some common basis (cost of service based, 
equivalent marginal spending on reliability) needs to be a unifying feature amongst the different tiers. 


Performance-based rates (PBR) and contracts are ways of setting up a financial framework for a 
utility to both give it an incentive to delivery reliability and put a cost on reliability which can be 
measured against other costs. Most utilities and regulators focus on the former aspect, while the latter 
is often the most important aspect of PBR. 
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21.5 SUMMARY OF KEY POINTS 


Reliability has always been an important aspect of electric utility operation but its 
importance has grown over time and with it the need for a utility to explicitly address 
reliability and manage it directly. The need for this level of focus and explicit management 
is mostly due to the utility’s desire to properly balance and optimize reliability and 
spending, keeping the former at acceptable levels while driving down the latter. 

Reliability is ultimately judged by performance as seen by customers, and thus metrics 
addressing customer-level reliability are best as the basis for reliability measurement, 
tracking, and targeting. Reliability of electric deliver is very much a function unpredictable 
factors like weather and equipment failure rates. Thus, it must to some extent be treated as a 
random process and analyzed based on probabilities of outcomes, etc. Among other things, 
this means that planners and management must work with expected reliability when looking 
to the future, but use actual results, which may vary from expected value due only to 
random “luck,” when analyzing past and present performance. 

Over any power system, reliability results will vary from area to area. Such variations 
are unavoidable and realistic assessment and acceptance of this fact and its meaning for a 
particular utility system is a key aspect of good reliability engineering. Actual operating 
results also vary over time — a well-design area may just have “bad luck” for a period. Keen 
attention to actual results, using criteria for monitoring and detecting possible problems, can 
help identify trends of worsening reliability in an area before they become serious. 

Table 21.4 summarizes key points from this chapter. 
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Distribution Circuit Electrical Analysis 


22.1 INTRODUCTION 


This chapter is the first of two that examine the application of analytical tools for 
distribution planning. An amazingly diverse range of analytical tools are available for use 
by distribution planners. Often embodied in computer programs, numerical and non- 
numerical analysis methods are to distribution planning what “power tools” are to 
carpenters and construction workers. Used properly, they reduce the time required to 
complete basic tasks involved in the work, and they produce neater, cleaner, and more 
precise results than could be accomplished manually. As a result, they permit a skilled and 
knowledgeable worker to produce more work faster and to undertake difficult projects or to 
apply a particularly intricate technique that would otherwise be impractical. 


Standardization, Consistency, and Documentability 


In addition to the quicker turn-around and improved precision, the use of computerized 
tools standardizes the planning process. Standardization assures consistent application of 
method and leads to equitable evaluation of all alternatives. Often, the ability to document 
impartiality in choosing among alternatives is of paramount importance to a utility 
operating in a tight regulatory framework. Computerization provides demonstrable 
impartiality of method and permits documentation on all evaluations to be provided. Of 
course, standardization also means that any flaws or approximations in technique are 
applied universally. Thus, it is important to make certain that standardized techniques are 
appropriate and particularly to be aware of any limitations or exceptions in their use. 

Finally, it is essential to bear in mind that computerized power analysis tools are no 
substitute for knowledge and skill — in fact they increase the level of expertise required, for 
the planner must understand the tool and its application as well as distribution planning. 


Performance Simulators and Decision Support Methodology 


Tools for distribution planning can be grouped into three distinct categories. The first are 
electrical performance simulators, covered in this chapter. These are procedures, very often 
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embodied in elaborate computer programs, that predict the electrical behavior or response 
of equipment or distribution systems to a particular set of conditions. A distribution load 
flow program, which predicts the expected voltage, current, and equipment loadings 
throughout a power system when given as input the expected loads and initial conditions, is 
the prototypical performance simulator. (Chapter 23]covers a second type of analytical tool 
for reliability analysis.|Chapter 24] will cover decision support methods to assist the planner 
in evaluating and selecting from the many possible alternatives to a planning situation. 

Chapters 22-24 are not treatises on numerical methods, algorithms, or computer 
programs. Instead, the emphasis throughout is on the issues pertinent to the selection and 
application of numerical analysis methods; how and why each is needed; what is important 
in its application; and how to use each type of tool to best advantage. 


Performance Simulators 


A good deal of the effort in distribution planning, particularly in short-range planning, 
involves determining if a particular part of the distribution system can perform within 
requirements in some manner. For example, a planner might want to know whether a 
particular feeder can serve the projected peak load three years ahead while staying within 
the utility’s equipment loading and service standards, and while requiring no reinforcement 
and no switching of load to nearby feeders. There are two ways to find out. The planner can 
wait three years to observe the feeder during that peak period, in which case it will be too 
late to correct the situation if the answer is “no, the feeder can't meet the load,” or a 
simulation can be done to evaluate the future situation. If the simulation indicates that the 
answer is “no,” the simulator could be used further, to evaluate various possible solutions to 
the problem in order to establish that the proposed “fix” will in fact do the job. 

The simulator used in such a case would be a load flow, the most ubiquitous of power 
system analysis tools, which computes the expected voltages, current flows, and loadings at 
points throughout the network. Properly applied, and assuming that model, data, and 
analytical method selected are appropriate to the planning requirements, the load flow will 
tell the planner if, where, and why voltages or loadings will be out of alignment with 
standards in the future network. 

Many other simulators are needed at various phases of the distribution planning and 
engineering process, some of which are shown in While the load flow predicts 
behavior under normal circumstances, short circuit (fault current) analysis methods simulate 
performance under abnormal! conditions, and are needed for evaluation and design of 
protection schemes. Motor start simulators compute how voltages and loadings vary during 
the transient phase of starting (and sometimes stopping) large motors. Other simulators are 
used in planning and a great deal more, not shown in Table 22. 1, in T&D engineering. 


Models of the System Versus Models of Natural Physical Behavior 


Load flow, reliability, and other performance simulators used in distribution planning work 
with models of various elements of the distribution system, as well as with several 
“models” of electrical or mechanical behavior. For example, a load flow requires a circuit 
model for the system — a description of the system’s lines, equipment, and loads. It needs 
additional models to explain the electrical-magnetic interactions and behavior of line 
segments, transformers, regulators, and so forth. A model of electric flow (Kirkov’s Laws, 
etc.) is necessary somewhere inside the computational method, too. Depending on the level 
of detail needed, this model of electrical behavior could be anything from a simplistic “DC” 
representation of power flow to a very detailed representation of poly-phase AC power 
flow. 
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Table 22.1 Simulators Typically Used in Distribution Planning and Engineering 


Type of Usual Used in 

Simulator Purpose Planning Engineering 

Load flow Predict voltage, loading for Yes Yes 
candidate designs, conditions 

Short circuit Predict fault current levels Rarely Yes 
for protective coordination 

Predictive reliability — Predict the expected rate and Yes Yes 
duration of service interruptions 

Motor start Predict voltage drop upon Yes Yes 
starting large loads 

DSM simulator Predict reduction in load due to Yes Rarely 
DSM program 

Harmonic load flow Predict propagation of non- Rarely Yes 
standard frequency power 

Sag and tension Evaluate clearances and tension Rarely Yes 
required for lines and structures 

Dynamic loading Compute maximum peak that can be Yes Yes 


sustained under load curve 


22.2 MODELS, ALGORITHMS, AND COMPUTER PROGRAMS 


Models are descriptions of the behavior, response, or structure of some element of the 
distribution system used as a proxy for that element during analysis and evaluation of 
planning options. Performance simulators usually involve the combination of several 
models of various elements and behaviors of the distribution system. 

Often, the models used involve an equation(s), whose solution is best computed by 
some numerical method ~ an algorithm which is usually implemented by a computer 
program on a digital computer for quick, accurate computation. As a result, the terms_ 
“model,” “algorithm,” and “program” tend to become blurred, and many people come to 
regard the three terms as interchangeable. Yet this is not the case. 

For example, a utility's planners may decide to model electrical flow in their system as 
occurring over single lines (one-line equivalent) rather than three actual phase conductors, 
and with I, = V/(Zj+Z;), where the current I, flowing from point i to j is modeled as a 
function of a voltage, V;, at point i, divided by the sum of the line and load impedances, Z; 
and Z;. This basic one-line AC model of power flow becomes the planners’ model of 
electrical behavior. 

In order to apply this model to their network, the planners must apply the equation 
above for the various segments and loads in the system. This means that, one way or 
another, they must solve a set of simultaneous equations to compute voltages and currents. 
The particular way selected is the algorithm. Many approaches to this numerical problem 
are applicable, including Gauss-Seidel, Newton-Raphson, or Stott de-coupled algorithms, to 
name just three. Any of these, properly applied, can provide more than an adequate solution 
for the analysis. 
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Once a particular algorithm is selected — for example a Newton-Raphson load flow — 
many different types of computer programs can be written to apply it, these programs 
differing in ease of use, database structure, error checking, compatibility with other 
software, and a host of other important issues. Yet, while these programs may differ greatly 
in such important features, all would apply the Newton-Raphson algorithm to solution of a 
one-line AC model, providing, in essence, the same level of results. 

While many aspects of algorithm selection and computer program development are 
important, from the standpoint of distribution planning the model is more important than 
the solution algorithm. In the example given above, the one-line model means planners will 
not see the effects that load imbalance has on performance and economy, and that their 
understanding of the performance and economy issues related to two- and one-phase 
elements of their system will be approximate at best. The differences in analytical results 
that come from choosing a one-line model instead of a full three-phase model, or even those 
that come from choosing a partial instead of a full three-phase model, are much more 
dramatic than any differences affected by a decision to use one algorithm or another, or any 
decision about program design. 


Planners Should Focus on Models, Not Algorithms or Programs 


The foregoing discussion is not meant to imply that programs and algorithms are not 
important. However, it is the selection and application of the model that defines what will 
and will not be represented in the planning; that defines the details that can and cannot be 
considered during analysis; and that fixes the limits of accuracy and applicability. A 
dazzling computer program, implementing a clever algorithm, will produce nothing of 
value if built upon a model that is inadequate when measured against the planning 
requirements. 

The selection of the models used, and their details, is a pure planning function: there are 
technical support experts and information systems professionals to handle the details of 
algorithm and computer implementation, but the specification of how the system will be 
represented during its planning, what will be considered, and when is at the very foundation 
of distribution planning. It is easy for the planners’ attention to be diverted from such 
considerations by issues related to the algorithms and computer issues. These are often 
more intellectually stimulating, technically glamorous, or just plain more fun than the work 
involved in setting out precisely the definition and details of the engineering and economic 
models to be used in planning. Frankly, it is not uncommon to see exotic algorithms and 
excellent programming applied in support of models that only marginally meet the utility's 
planning needs because the planners forgot their basic focus — get the job done as 
economically as possible — and simply wanted to play with the technology. This is often 
called “sandboxing” in the software industry. 


It is the planners’ first responsibility to make certain that the models 


used in planning are appropriate to their task and to understand 
their limitations, shortcomings, and range of applicability. 


Elements of a Good Circuit Analysis Tool 


Analysis of a distribution circuit for electrical performance requires several different 
models, as listed oj Often all of these are combined in one distribution circuit 
analysis package which provides all of the functions needed for distribution electrical and 
reliability analysis. Planners should keep in mind, however, that in a very real sense the 
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models shown in Table 22.2 are separate models, in the sense that the quality of each is 
rather independent of the others. The quality of the circuit model (database) is mostly 
dependant on the planners. The load, equipment, and electrical models are usually all part 
of the same computer “load flow” program, but their quality can vary, too (several good 
circuit programs have excellent basic load flow algorithms but only so-so equipment 
models). All three, load, equipment, and electrical, depend for their accuracy (whatever 
their potential is) on good and complete data in the circuit model. These models and some 
important aspects of their selection and use are covered in the next three sections, 
equipment and electrical models being combined into one section, as they are often 
combined in one computer program. 


Table 22.2 Models that Usually Comprise Distribution Electrical Analysis 


Model Typically Implemented As Description 

Circuit A “map,” which for any type Representation of the circuit and its 
of computerized analysis equipment itself. A “map” (electronic if 
must be a digital description meant for computer analysis) of the 
of the various circuit elements circuit showed what, when, where, and 
and equipment in the circuit(s). how connected. 

Load Usually, a sub-module in the Representation of electric demand and 
computer code of the “load how it behaves as a function of voltage, 
flow algorithm” and support- power factor, time, or other factors. 
ing detail data for the 
circuit database. 

Equipment 1. Type codes in the circuit Representation of electric equipment such 
database that indicate which as lines, cables, transformers, regulators, 
type of equipment (line, etc.) capacitors, etc., and how each unit 
each element is. behaves as a function of voltage, power 

factor, loading, time, or other factors. 
2. Computer models of how 
each type of element reacts to 
electric voltage, current, and 
power factor. 

Electrical The “toad flow algorithm,” which Representation of how voltage, current 
represents power flow under power factor and other electrical 
“normal” circumstances. The characteristics interact with and vary with 
short circuit algorithm, which respect to load, equipment, circuit 
represents fault behavior. elements, and location. 

Transient § Transient event algonthm, which Used to study “transient” behavior on the 


could include only a “transient” 
load behavior model, or a model of 
details on motor acceleration and 
starting, or an involved model of 
magnetic-electrical interaction. 
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dips, voltage sags, if and how motors actually 


start and accelerate and the voltages/power 
factors they create at the time, etc. 
Used only in “unusual” circumstances. 
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22.3 CIRCUIT MODELS 


The most basic model for distribution performance analysis is the representation of the 
distribution circuits themselves. In computerized analysis systems, this is essentially the 
distribution analysis database, sometimes called the applications database. However, 
planners should note that paper circuit maps also constitute a “model” of their circuits — a 
printed representation of what is located, where, and how it is connected to other 
equipment. Database and paper map are only approximations of reality, showing certain 
features and neglecting others. Considerable attention should be devoted to the specification 
of the circuit model's content and detail for performance simulation, for the planners’ 
evaluation of future electrical and economic performance can have no more accuracy or 
detail than that provided by the model itself 

In modern distribution planning software systems, the same basic circuit model provides 
the basis for all performance simulators (i.e., load flow, short circuit, reliability, and 
economic analysis) of the distribution system. It contains representations of lines, loads, and 
equipment, along with connectivity — information to link them together so that electrical 
flow can be traced. Connectivity is necessary for most planning applications, including 
electrical (load flow and fault current), reliability analysis, pricing studies, and certain types 
of customer service and distributed resource planning applications. However, there are a 
few applications (i.e., maintenance and property cost analysis) that do not require it. 


Phases and Phasing 


The most basic decision in building a circuit model for distribution planning is how much 
detail to use in representing these differences in phasing. Distribution systems consist of 
three-, two-, and one-phase equipment and loads. Circuit models can represent all aspects of 
phasing, or only some, or may neglect entirely the existence of phases and phasing. 

One-line models of electric circuits neglect phasing entirely, representing all distribution 
circuit elements and loads as “phase-less” single-line elements as shown in|Figure 22.1). Ina 
system composed only of three-phase equipment, with balanced loads, impedances, and 
connections, this is tantamount to analyzing one of three identical phases. As a result, one- 
line models are occasionally termed “single-phase models.” However, for distribution 
applications one-line models are best thought of as “phase-less models,” because they not 
only neglect phase imbalance where it occurs, but they also mix phases and phase 
structures, so that the resulting model represents no single phase but is instead an average of 
whatever is present, in both structure and loading. For example, when a single-phase lateral 
branch is connected to a three-phase feeder trunk, as shown in Figure 22.1, the implied 
result is that the single phase’s current is split equally among all three phases, as represented 
in|Figure 22.4] This is not a highly accurate depiction of reality. 

Three-phase circuit models represent circuit elements explicitly as three-, two-, or 
single-phase equipment and loads. Additional details often included are a distinction of 
whether the equipment is Y- or delta-connected. Y-connected models are sometimes 
referred to as four-wire models, because they have provisions for four wires (three phase 
conductors and a neutral). Models limited to three wires can represent only delta-connected 
circuits completely. They are often used to represent Y-connected circuits by assuming the 
neutral current is zero, a tolerable approximation in many cases (a three-wire model is still 
much more accurate for distribution purposes than any one-line equivalent model). 

Aggregated phase models, whether three- or four-wire, represent each line, load, or 
equipment unit as a single entity, with the number of phases of the equipment being an 
attribute of the element, and connectivity explicitly identified by phase. In an aggregated 
phase model, a lateral line segment consisting of two phases, connected to the three-phase 
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Three-phases (reality) One-line “equivalent” 
A=290—> A= 290—> 
B=315—> B=237—} 3 X 282 —p» 3 X 256 —p 


<+— el 


Figure 22.1 Three-phase representation (left) and one-line representation (right) of part of a three- 
phase feeder trunk connected to a single-phase lateral branch. Values shown are amps, arrows indicate 
direction of power flow. The one-line representation not only assumes balanced loads and flows, but it 
also “splits” single-phase current equally among three phase elements and mixes three- and single- 
phase circuitry, as depicted at the right. 


feeder trunk at phases B and C, would be represented as a single entity (type: line segment), 
with two phases present, connected at the trunk to phases B and C. 

Disaggregated phase models, by contrast, would represent this two-phase lateral as two 
separate lines in two separate models. A disaggregated phase circuit model is basically 
three separate single-phase models, representing phases A, B, and C respectively, with no 
explicit continuity between them. Typically, such models are used only where a utility is 
applying a modification of a one-line equivalent circuit analysis method to three-phase 
distribution. Separate models (databases) are developed for phases A, B, and C (often with 
some sort of software system in place to coordinate and assure consistency) with each phase 
analyzed one at a time. This places limitations on, or barriers to, the electrical detail that can 
be modeled (i.e., mutual coupling of phases cannot be modeled easily, etc.), and is 
somewhat cumbersome to use, although clever programming and innovation can make the 
system quite tolerable to use. 


Node Resolution 


The detail in representing the distribution system can be measured as node resolution — the 
ratio of circuit database nodes, or entities, to customer meters. Node resolution is a useful 
measure for comparison of the representation accuracy of different circuit models. 
shows two models of the same feeder. One has 20 nodes, the other an order o 
magnitude better: more than 200 nodes. However, both are significant reductions in detail 
from reality: the feeder itself has 4603 poles, one line regulator, two capacitor banks, and 
ten line switches, and delivers power to 240 service transformers serving 1255 customers. 
Roughly 8,000 nodes would be required to represent explicitly every customer meter, every 
unit of equipment, and every pole-to-pole line segment as a separate entity. More than 
2,700 nodes are required to model completely every electrical detail of the feeder.’ 


' The number of nodes required for complete electrical modeling is less than for complete modeling 
because often several spans have identical conductor or have no branches, equipment, or load: they 
can be lumped into one segment with no loss of electrical detail. However, detail for other 
applications may be lost. For example, reliability analysis is potentally more accurate if an actual 
pole/span count is used, because failures are related to actual pole count, not just line length, etc. 
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Figure 22.2 Two approximate depictions of a feeder show differences in modeling detail with respect 
to the number of nodes: at the top, a twenty-node model, at the bottom, a circuit model with ten times 
the “node resolution.” Actual nodes (not shown), are the end points of segments. 
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Figure 22.3 Two models of a portion of a feeder. Top, the representation used in maps (paper or 
electronic) shows the feeder trunk and gives its phasing (A,B,C) and conductor sizes (e.g., 336 MCM 
phase conductor, 4/0 neutral), and shows laterals and twelve transformers (dots) by phase and 
capacity. Total transformer capacity is 375 kVA. Bottom, the electrical representation deletes the 
laterals and uses only two segments and three nodes. The transformers have been “collected” into 
three groups (circled areas at top), assigned to the nodes, but the total of 375 kVA is retained. 


RR 


~ 
ass 


A greater number of nodes in a circuit model does not assure greater accuracy, but it 
provides greater potential for accuracy, for two reasons. First, a large node count provides 
more detail in representation of circuit topology and equipment. Second, most algorithms 
(e.g., load flow, reliability prediction) compute results only at nodes — more nodes mean 
more locations where information is available about performance. 


Omission of Laterals and Use of Load Collector Points 


Typically, representation of every detail pertinent to both the primary and service levels 
requires a node resolution of 2 to 8 nodes per customer meter. Very few circuit models have 
this level of detail and very few utilities find the effort to build such detailed models 
economically justifiable. Models used in planning analysis usually reduce node resolution | 
by an order of magnitude. 

Most often, reduction is made through an explicitly identified node reduction procedure. 
This may be computerized, as for example when circuit models are formed by extraction of 
information from AM/FM or GIS systems. However, worldwide, most circuit models are 
developed by digitization, and node-reduction procedures are applied manually as the 
circuit data are entered. 

Chief among those entities not represented in most circuit models is the service level: it 
is common to represent only the primary-voltage level. In addition, laterals and short branch 
segments are often deleted, as are other small load points, with small loads lumped to load 
collector nodes, as illustrated in Figure 22.3. 

When applying significant node reduction (on the order of a factor of ten or more) to 
circuits for electrical or reliability simulation, a recommended practice is to include one 
“worst case lateral” in each feeder’s representation, as shown in the 20-node example (top) 
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in This leaves data from which the estimated worst voltage drop and outage 
rates expected on that primary feeder can be computed. 

Whether computerized or manual, it is best to develop formal rules for what and how 
circuits are to be reduced and approximated for modeling and to provide all planners with 
copies of these “reduction rules.” Formal rules are necessary for any computerization of the 
node-reduction process, but their written distribution to the planners is not. However, 
providing that information helps them understand exactly what level of approximation they 
are using in their analysis. Formal rules should be developed, distributed, and applied in 
manual reduction also, in order to assure consistency of results among all planners. 


Increasing Use of Detail in Circuit Models 


Distribution circuit models used for planning have shown a gradual but long-term trend of 
increasing representation detail in phasing and for node resolution, as shown in Figure 22.4. 
The information shown is based on surveys of customers in the United States and Canada 
obtained by the author from 1975 through 1997. The phasing and node resolution shown 
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Figure 22.4 Detail of circuit models used for short-range distribution planning in North American 
utilities, 1977 through 2010. Left, percent of utilities using three-phase rather than one-line equivalent 
models. Right, node resolution (average ratio of nodes/customer meters on a feeder) in circuit 
representations. 
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represents actual usage, not necessarily the maximum capability of the data and analysis 
software systems being used. Detail used in distribution performance simulation models is 
gradually increasing, due both to the increasing performance/price capabilities of 
computing and database systems as well as the greater availability of efficient data- 
gathering systems for distribution. This trend is driven by the needs for greater detail that 
come about in a de-regulated, competitive electric industry. 


Line Segment impedance Models 


Every element of an electric circuit simulation has a model of its electrical behavior that 
describes the interaction of current and voltage — most often a model of current flow 
through it as a function of voltage applied. The simplest useful electrical model for a line 
segment is to represent it as a single-phase element with ends at nodes i and j, and an 
impedance Z;,. As shown, it is serving a load at node j with impedance Z, and is supplied 
with voltage V; at node i. The current Ij; flows through the segment impedance Z,; the 
voltage drop and current on the segment are: 


I, = 1 = V/(Zj+Z) (22.1) 
and the voltage drop along the line segment is 
Vi = Ty*Zij (22.2) 


The power conveyed to the load is 
P; = [V|| {Ij| cos © = Vinaxlmax COS (22.3) 


where |V/| indicates the RMS value of the phasor V;, and 6 is the phase angle shift between 
current and voltage. Such a one-line equivalent model, sometimes called a single-phase 
model, is compatible only with a one-line circuit model and computational method. 

As discussed earlier in this chapter, distribution systems consist of unbalanced three- 
phase and two- and one-phase elements, to the extent that one-line equivalent models are 
often not highly accurate representations. A generalized line segment model for three-phase 
unbalanced analysis can include up to 25 impedances, representing the self- and mutual- 
impedances among up to five conductors — the three-phase conductors, the neutral, and the 
ground, Generally, the ground flow is left out of all but very special applications, resulting 
in reduction to nine (delta) and sixteen (Y-connected) values required for full modeling. 

In a three-phase line model, the voltages and currents are represented by vectors (four- 
tuples in the case of wye-connected circuits, three-tuples in delta circuits) and the line 
impedances by a four-by-four (wye) or three-by-three (delta) matrix.”? For a wye-connected 
circuit, the impedance matrix becomes 

Laa Lab Lae Zan 


Loa Lop Lie Zon (22.4) 
L= Lea Zeb Lec Zen 
La Zab La Zon 


* Often, wye-connected models neglect representation of the neutral and use only a three-by-three 
representation of impedances. 


> At only a very small cost in analytical accuracy it is possible to reduce the four-by-four matrix used 
for wye-connected circuits to a three-by-three representation for delta models, using the Kron 
reduction. 
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Diagonal terms are the basic phase impedances, off-diagonal terms are the mutual 
impedances — the mere existence of phase B influences current flow in phase A, and vice 
versa, and current flow in phase A influences voltage in phase B, etc. Some models used in 
distribution planning and engineering neglect mutual coupling and represent all off- 
diagonal terms as zero. This greatly reduces complexity of data and computation, but 
introduces noticeable inaccuracies, particularly in representing rural distribution. 

In company with vectors of phasors representing voltages and currents, the same basic 
equations 22.1 through 22.3 discussed for a single line model apply in this case. For 
example, equation 22.3 is now a matrix equation involving considerably more computation. 


Vai Laa Zab Lac Zan lij 
Voij Lya Lop Loe Lon ly 

= x 22.5 
Vei i a ae 2 iy ve 
Vai Zna Zab Zne Zon Ini 


The most accurate way of computing the various elements of the impedance matrix is to 
derive them directly from Carson's equations (Carson, 1926), based on the actual conductor 
spacing. A very comprehensive discussion of impedance matnx computation and 
application is included in Kersting and Grigsby (2001). 

In most cases, distribution planning applications, including short-range planning, can be 
minimally met with computations and line-section models that neglect impedance 
imbalance caused by deviations of line spacing from perfect delta configuration. However, 
engineering applications generally cannot, and the best results are always obtained by using 
a full representation (Kersting). 


Equipment Models 


The transformers, regulators, capacitors, line drop compensators, and other elements of the 
distribution system can be modeled in varying levels of detail, from simplistic to greatly 
detailed. A thorough discussion of the possible variations for such models is far beyond the 
scope of this chapter — it would consume a book unto itself. 

Generally, distribution planning, even short-range planning, requires less detail in the 
modeling of equipment behavior and control than distribution engineering. Key aspects of 
equipment are phase-by-phase representation (because of unbalanced flows), capacity, and 
basic electric behavior. Thus, the recommended minimum models for short-range planning 
are as described below. 


Transformers 


Transformers are best represented on a phase-by-phase basis, because while three-phase 
transformers usually have identical impedance and capacity per phase, many three-phase 
transformer banks are composed of three single-phase transformers of (potentially) different 
sizes and impedances. Core losses are best represented as a shunt impedance parallel to the 
winding losses in series with load. 

Representation of hysterisis, electrical losses due to pump and fan loads for FOFA 
transformers, as well as dynamic models of changes in impedance or capacity with 
operating temperature, hence load, are generally unnecessary for planning. 


Voltage regulators 


Line regulators and line drop compensators are also best represented on a phase-by-phase 
basis, in the same manner as the transformers. For planning purposes, many of the details 
needed for engineering, such as explicit representation of steps in a regulator and the slight 
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changes in capacity that occur as upstream voltage level is changed, are not necessary. 
(They are for engineering, however.) 


Capacitors 


Capacitors are best represented on a phase-by-phase basis, too. They should be modeled as 
an impedance, not a constant injection. A 600 KVAR capacitor bank is an impedance that 
injects 600 KVAR, given that the voltage is 1.0 per unit. It is not a device that injects 200 
kVAR, regardless of voltage. As voltage drops, so does VAR injection. It is important to 
model this distinction in planning, and vital in any engineering studies. 


Equipment controis 


Line drop compensators and load tap changers and switching equipment are best 
represented on a phase-by-phase basis, for even if they are balanced as to capacity and type, 
their loading can be quite unbalanced, affecting performance. Wound, tap-changing devices 
can be approximated for planning purposes as “step-less” devices which maintain voltage at 
a control bus at a constant level, regardless of upstream voltage level. Controls can be 
modeled simply as just showing the device keeping its control bus voltage at the specified 
target as long as upstream voltage does not stray outside a specified range. Capacitor 
switching can be modeled as on-off as voltage or power factor requires — switching control 
does not have to be modeled. 


Switches 


For most distribution planning studies, switches can be represented on a phase-by-phase or 
gang-operated basis, with representation of current-carrying capacity as their only attribute. 
For automated distribution and reliability studies, switching times, probability of switching, 
and other attributes may be required. 


Too Much Equipment Detail Is Futile 


Planning requires less detail in precise equipment representation than engineering, and the 
recommendations given above are sufficient to meet legitimate planning purposes, but not 
some precision engineering functions. Many utilities are combining the short-range 
planning and engineering functions in order to streamline planning and engineering and 
reduce labor requirements. In such cases, the level of detail recommended above is 
minimally sufficient for planning and basic system engineering purposes, if equipment 
details are then studied on a unit by unit basis prior to specifying their details for installation 
and control system settings, etc. This approach is recommended: that combined planning- 
engineering functions be performed by doing the planning with the level of detail 
recommended above, followed by engineering on an equipment-specific basis, for one 
reason — usually, planners do not know the details of the equipment they are specifying 
during their planning. 

For example, their studies may call for a voltage regulator at a particular point. During 
the early planning phases, planners may not know the exact capacity they need. Later on, 
they will identify this and other aspects of the regulators’ requirements. However, they will 
not know the exact manufacturer and model type because that will not be known until the 
unit is purchased. Thus, details in representation of the regulator in their planning models, 
to a level of detail that would distinguish impedance, control response characteristics, and 
other variables among different manufacturers or models, would be speculative in the 
planning process, and effort to enter and use such data not more than a waste of effort. 
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22.4 MODELS OF ELECTRIC LOAD 


Load models for distribution planning fali into two classes. The first, used in performance 
simulators during short-range planning and engineering applications, represents the load 
under specified conditions (e.g., annual peak period) and model the load and its behavior 
with respect to those conditions. Into this category fall the models of load used during load 
flow, motor starting, harmonics generation and sensitivity, and other similar applications — 
models whose purpose is to represent the electrical behavior of the loads. 

The second class of load models includes those used in capacity planning and economic 
forecasting. Most of these distribution planning models treat the load as a quantity 
independent of the planning process or influence of the utility, to be forecast or analyzed by 
a spatial load forecast or other means of forecasting distribution-level changes in load. 
These methods and their use will be discussed in[Chapters 25]and 274 

The model of electrical load used in a load flow performance simulation has as much, or 
more, to do with the accuracy and applicability of the computed results than any other 
model except perhaps the circuit representation itself. The best load model represents load 
as either delta or Y connected, as distributed among the three phases in any proportion, and 
as being composed of any type of any mixture of constant power, constant current, or 
constant impedance loads. This results in up to nine “loads” present at any one node in the 
circuit, as shown in Figure 22.5. Each of these elements can have a different power factor. 


Figure 22.5 General model recognizes that there are nine separate load models at a three-phase node. 
Shown here, the demand at a delta-connected node, n, consists of three types of loads connected 
between each pair of phases — constant power, constant current, and constant impedance, designated 
as P, Q, and W respectively. Conceivably each could have a distinctly different power factor. So 
whether entered as load and power factor, real and imaginary load, or magnitude and angle, this load 
model requires eighteen data input values. From a practical standpoint, without loss of real accuracy, 
the model can be simplified and data requirements reduced to twelve values, by deleting the constant 
current representations. Building a computer program to accommodate this level of detail is simple; 
populating its database with accurate data is extremely difficult. 
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Constant Power, Constant Current, and Constant Impedance Loads 


Many electric appliances and devices have an electric load that varies as the supply voltage 
is varied. Generally, loads are grouped into three categories depending on how their 
demand varies as a function of voltage: constant power (demand is constant regardless of 
voltage), as a constant current (demand is proportional to voltage), or as a constant 
impedance (power is proportional to voltage squared). The load at a particular point might 
be a mixture of some proportion of all three. 

It is quite important in both planning and engineering to model the voltage sensitivity of 
load correctly. For example, incandescent lighting, resistive water heaters and cooking 
loads, and many other loads are constant impedance loads. On a feeder with a 7.5% voltage 
drop from substation to feeder end (the maximum permitted under typical “range A” 
voltage drop criteria ~ see SOE (Ble Ro} a constant impedance load will vary by 
up to 14.5% depending on where it is located on the feeder. The same set of incandescent 
lights that create 1 kW of load at the feeder head would produce only .855 kW at the feeder 
end. 

On the other hand, a 1 kW constant power load is | kW no matter what the voltage. It is 
1 kW at 1.075 per unit voltage, at 1.00 PU, and at .925 PU. Induction motors, controlled 
power supplies, as well as loads downstream of a tap-changing transformer appear to the 
power system as relatively constant power loads and are generally modeled in this manner.* 

Generally, loads are represented with a type and load at nominal (1.0 PU) voltage. Thus, 
a 1 kW constant power load is referred to as “1 kW, constant power” and a constant 
impedance that produces I kW at 1.0 PU is referred to as a “1 kW, constant impedance 
load.” From any practical standpoint, it is not necessary to model constant current loads, 
however, the distinction between constant power and constant impedance loads is 
important.’ Since voltage drop on a feeder depends very much on the load, the manner of 
representing load is critical to computing voltage drop accurately. For example, a three- 
phase_12.47 kV line built with 336 MCM phase conductors (of the type discussed in 

and |i2) can serve a 10.72 MW constant impedance load at a distance of two 
miles, while staying just within “range A” 7.5% voltage drop limits. The “10.72 MW 
constant impedance load” will create a demand of only 9.36 MW due to the voltage drop 
(9.36 MW = (1 - .075)* x 10.72 MW). Thus, the feeder stays within voltage criteria if 
serving a “10.72 MW constant impedance load.” However, voltage drop rises to 8.59 volts, 
more than a volt beyond what the criteria permit, if the load is a 10.72 MW constant power 
load. 

The cost of writing and putting into place software to represent loads as constant power, 
constant impedance, or any mixture thereof is minor compared to the cost of obtaining the 
data for such a model. Usually, the mixture is estimated in one of the two ways: 

All loads, except special ones, are designated as a default mixture of power and 
impedance loads. In the absence of measured results to the contrary, the recommended 
general rule of thumb is to use a 60%/40% constant power/constant impedance mixture for 
summer peak loads, and a 40%/60% split for winter peak loads. 


* Only steady-state voltage sensitivity is important in distribution planning, and is considered here. 
Planning generally does not consider transient voltage sensitivities. 


5 A 50%/50% mix of constant voltage and constant power loads represents a constant current load 
within 4% over the range .9 to 1.1 PU. 
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The proportion of constant power and constant impedance loads at each location in the 
power system is estimated based on a spatial end-use appliance model (see Chapter 4 in 


2002). 
Phase Assignments of Load Models 


Clearly, a one-line equivalent algorithm or computer program can represent loads only as 
phase-less, so that planners with access to only such tools are restricted to using a phase- 
less model only. However, computer programs and analytical programs that can represent 
imbalance in loads, assigning loads in any amount to any of the three individual phases 
present at a node, are widely available. Despite this, many utilities do not have accurate data 
about the individual phase assignments of single-phase service transformers or loads — a 
single-phase service transformer located on a three-phase feeder trunk could be served by 
any of the three phases, etc., and records are not kept about which phase actually serves the 
transformer. 

There is merit and advantage in using an imbalanced, three-phase analytical method or 
program, even when phase-assignment data are not available. In American distribution 
systems, since over 75% of circuit miles are single-phase (see[Chapters 9] and most 
loads can be assigned implicitly, they are obviously served by the phase of their single- 
phase lateral. It is only necessary to know the phase-assignment of each lateral — something 
that can be determined in two or three hours of field observation for overhead lines — to 
gather the data to assign all single-phase laterals correctly, and about 75% to 80% of loads 
correctly. Loads at all three- and two-phase nodes can be split evenly among the phases 
present at a node. While approximate, error in analytical results using this approach is 
typically reduced to only about 25% to 33% of that of one-line equivalent models. 


Power Factor 


Generally, constant impedance loads have high power factors — on the order of 90%, while 
constant power loads (most typically induction motors or controlled power supplies) can 
have power factors as low as 60%. Recommended values in the presence of no information 
to the contrary are 95% for impedance loads and 75% for constant power loads. (See 
Chapter 9 [section 9.6}) 

Usually, power factor data are available only on a feeder basis, measured at the 
substation, and for large loads. However, power factors for small customers and generic 
models of typical nodes must be based on load survey and end-use analysis. 


Assigning Loads to Individual Nodes 


With very few exceptions, actual load values represented at nodes during short-range 
planning and distribution engineering are estimates. Only a small portion of loads — usually 
large and critical loads — are ever measured for peak demand and power factor; most are 
measured only in terms of total kWh sold over a lengthy (monthly) billing period. Even for 
those loads that are measured for demand and power factor, information on coincidence of 
their peak values is unavailable — it is very unlikely that they peaked at the same time. 

Thus, almost all loads in the distribution circuit model are estimates based on the data 
that are available, usually kWh sales (billing) data, peak demand for major loads, and 
measured peak data on a feeder or major branch basis, obtained from substation meters or 
SCADA. As a result, most nodes are assigned loads based on an allocation, where a large 
total, usually that measured on a substation or feeder basis, is allocated among the nodes 
using one of several procedures. 
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Allocation to nodes based on connected transformer capacity (TkVA) 


Suppose a feeder has 15,300 kVA of service transformers connected to it and a measured 
peak load of 7,650 kVA. Every node could be assigned a load equal to half its connected 
TkVA (transformer kVA) — a node with 150 kVA of transformers is given 75 kVA, one 
with 25 kVA of transformers is given 12.5 kVA, and so forth. Such assignment of loads can 
be done on a phase-by-phase basis if load measurements and connected transformer 
capacity are available on a phase-by-phase basis. 

Such allocation is only approximate and purely pragmatic. Transformer capacity has no 
significant influence on load, but experience and judgment indicate that usually 
transformers are sized based on the expected peak load. Thus, TkKVA is a known quantity 
somewhat proportional to expected peak load. More important, for most utilities, no other 
quantity known at every node has anywhere near as good a correlation to load as TkVA. 

Usually, the allocation procedure is applied only to small loads. Large, or all “spot” 
loads, or loads known in value are determined prior to allocation and directly input to any 
computer program. For instance, perhaps in addition to the 7,650 kVA measured at the 
substation in the example feeder discussed above, two large loads are known, having been 
measured at maximums of 475 kVA and 800 kVA, and have 750 and 1000 kVA of 
transformers, respectively. These two nodes are assigned their measured loads. The 
remaining nodes on the feeder are then assigned a load equal to (7,650 — 1,275)/(15,300 - 
1,750), or .435 times their connected transformer kVA. 

Losses should be accounted for in any such allocation. They were not in the allocation 
described above. The 7,650 kVA metered at the substation presumably included losses, 
which could be 6% or more of the total. What is desired from the allocation is a set of loads 
assigned to the nodes that results in a load flow computation showing 7,650 kVA of load at 
the substation. Many distribution feeder analysis computer programs have features to 
perform such load allocation, using their load flow engine in an iterative procedure to adjust 
loads proportional to TkKVA (or some other nodal attribute) until the computed total load 
equals the metered amount. 

Approximately two-thirds of distribution load models use some sort of TkVA-based 
allocation as described here, often slightly modified or with special features to take 
advantage of other data available or to accommodate other factors the planners believe are 
important. . 


Allocation to nodes based on customer billing records 


Rather than estimate load based on transformer capacity, load estimates can be based upon 
actual billing records. As a simple example, suppose that on the feeder where load was 
metered at 7,650 kVA, sales for the peak billing period were 2,900,900 kWh. A particular 
node may serve ten customers, whose consumption during that period totaled 15,000 kWh. 
Then this node will be allocated 15,000/2,900,900 x 7,650 kVA, or 39.567 kVA as the 
modeled peak load, and other nodes similarly allocated “their share” of the 7,650 metered 
peak based upon their portion of the total kWh sales. 

This allocation method generally gives superior results to allocation based on TKVA 
alone, but it requires an additional item of data not available to many utilities — data that ties 
customer records to locations (service transformers or nodes) in the circuit model. 

Again, as was the case with allocation based on TkVA, this can be done on a phase-by- 
phase basis; typically large or other measured loads are excluded and assigned directly; and 
losses should be accounted for with an allocation that computes them based on load-flow 
representation. 
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The allocation is usually based on a more complicated formula than merely metered 
kWh as used above. To begin with, different classes of customer may have different 
contributions despite having the same kWh, values which are determined based on load 
research data. For example, load research data may have determined that a small 
commercial establishment with 1200 kWh is most likely to have a load during peak of 3.3 
kVA, whereas a home with this level of sales has a peak of only 3 KVA. 

In addition, some load allocation models base the estimate of the peak load at a node on 
the number of customers, in addition to their total metered kWh and their customer-type 
data. What is being addressed in such models is coincidence effects as discussed in 
[Chapters 3]and|19] As described in Chapter 3, due to coincidence effects, the measured load 
for a group of ten residential customers, each with 1200 kWh of sales, will be less than the 
measured peak for any subgroup of four of them, which will be less than the average peak 
load measured on an individual basis. Therefore, many billing-data-driven load allocation 
models use the number of customers at a node as one factor in the estimation of load, so 
that the estimate of peak load at the node is adjusted for coincidence based on group size. 

Such estimates based on group size may be more accurate than those computed without 
group size data ~ generally they do result in load values that are closer to actual measured 
peaks, but they are inappropriate for performance simulators unless a “coincidence load 
flow algorithm” is being used (these will be discussed later in this section). Such algorithms 
are very rare. 

Adjustment of loads to correspond to the level of coincident peak measured at each 
point is not the goal of load allocation — adjustment of the loads to reflect contribution to 
feeder peak load is the goal. Loads should be estimated for the same level of coincidence, 
regardless of the number of customers at the node — generally this means they are 
adjusted to the feeder-peak level. “Coincidence load flows” and coincidence interaction 
with simulation are discussed later in Section 22.6. 


Load allocation based on customer 
count and non-coincident load data on 
a nodal basis does produce more 
accurate estimates of local peak loads, 
but such loads are inappropriate for 
feeder performance simulations. 


Allocation to nodes based upon end-use or detailed customer models 


Long-range planning tools such as the load forecasting models described ere ae 
elsewhere (see (Willis, 2002, and 1994) often use very detailed 
representations of customer appliances and usage patterns. Generally, if such models are 
detailed and accurate, and if customer type and count is known by node, these models can 
provide the best approach for determining the apportionment of load between constant 
power and constant impedance load types, and the power factor, on a node-by-node basis. 

In some cases, loads computed directly from such models are assigned to circuit model 
nodes for performance simulation. It is recommended, however, that they are used only as 
allocation factors, which are then used in company with billing kWh to allocate the feeder 
peak. The reason is that such models were not originally developed for node load allocation 
and they are not robust in this application. 

Spatial customer and end-use appliance models often are implemented in very 
impressive software packages with comprehensive numerical engines and extensive 
graphics and user-interface features. They use extensive customer, demographic, and 
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geographic databases, and when set up in their most comprehensive form can give the 
impression that the planner “sees all and knows all.” In their designed application, 
forecasting and analysis for planning decision-making, such models are amazingly robust. 
The best spatial models have little if any model error — they are among the very best 
examples of tools whose error sensitivities and robustness have been engineered for their 
applications. 

However, such robustness does not extend to using them directly for allocation of load 
on a node basis. In such applications they can produce large errors. Their use to determine 
and set allocation factors for one of the two types of allocation methods given above is 
recommended, and generally gives the best results possible. 


22.5 TYPES OF ELECTRICAL BEHAVIOR 
SYSTEM MODELS 


Computation of the voltage drop, power factor, and current flow on the distribution system 
is a fundamental part of power distribution system planning, resulting in “load flow” 
results, as shown in[Figure 22.6. Analysis of distribution system behavior during normal 
Situations requires a system model — the composite of the circuit, equipment, and load 
models discussed above — and an electrical model which represents the behavior and 
response of electric power flow. 

Many of the approximations and analytical constraints forced on distribution planners 
are due to limitations of these system models. As mentioned previously, if the electric 
utility does not have phase-by-phase data, then detailed three-phase analysis cannot be 
carried out, even if the computational technique can analyze such data. Likewise, load data 
may not be exact or specific, and the precise characteristics of some small equipment may 
not be known with high confidence, either. For these reasons data accuracy may limit the 
degree of analytical accuracy which can be applied in any meaningful way. 

The electrical model is the representation of the electrical behavior of circuit and 
equipment elements, and can include numerous computational shortcuts and 
approximations of reality. For example, some three-phase load flow computation methods 
dispense with any consideration of mutual coupling (the influence of one phase on another), 
which greatly simplifies the calculations used and accelerates their completion, but which 
contributes noticeable inaccuracies in cases where imbalance in load or configuration is 
significant. As a more subtle example, most distribution load flow “engines” are based upon 
symmetrical component models of power flow — but symmetrical component analysis itself 
makes certain assumptions about symmetry (balance) with respect to the neutral. While 
insignificant in some cases (particularly when applied to high voltage, delta-connected 
transmission), these assumptions of symmetry can develop into significant inaccuracies in 
unbalanced-phase situations. 

As mentioned earlier, any one of many computational methods could be used to 
determine the values that result from application of an electrical model that represents 
three-phase unbalanced behavior but excludes mutual coupling and line charging. There are 
literally hundreds of load flow computational methods covered in the technical literature, 
but most of the differences described revolve around details of whether complex variables 
representing voltages and currents are represented in polar or rectangular coordinates, or 
whether real and complex power flow are “de-coupled” for computation, and how the 
convergence of the iterative, success-approximations method of solution is managed (i.e., 
Gauss or Newton method, etc.). 
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V= 92 


Figure 22.6 A load flow computes voltages at certain points in the system (nodes) and current flow 
through segments, based on data for loads and equipment, as shown above. 


While such details of computational method are quite interesting technically, they are 
usually not relevant to practical planning applications. Planners should understand the 
limitations of the method and data being used, but assuming a distribution performance 
simulator's algorithm is well-written and tested, it should compute the voltage, current, and 
power flow accurately within the context of the electrical model being applied, be that a 
simple one-line DC model or a very involved “five conductor” representation that includes 
all possible aspects of electric flow and interaction. 


One-Line DC Representation 


By far the simplest representation possible with respect to both data and electric model is a 
“DC model” in which electrical behavior is not analyzed in a complex (phasor) manner, but 
represented simply as scalar quantities. The representation of AC electrical behavior with a 
DC model is only approximate, and for this reason generally applied only when 
computational resources are very limited or when the circuit models involved are only very 
approximate. By dispensing with analysis of phasing or complex quantities, DC load flows 
gain tremendous computational speed advantages as well as immunity from a host of 
analytical complications inherent in comprehensive AC models (for example lack of 
convergence is never an issue). They are widely used where speed is more important than 
absolute accuracy, for example as the “inner loop” compute voltage and loading in 
optimization algorithms where thousands of load flow computations for various alternative 
designs may be necessary as part of the determination of the very best overall 
configuration.° 


One-Line AC Representation 


Traditionally, this has been by far the most popular analysis method for distribution. It 
requires no phasing data in the circuit model and no analysis of multiple phases, mutual 
coupling, etc., in the electrical model. Every element is represented with a one-line 
equivalent model. Three-phase elements are assumed to be balanced in both impedances 
and loadings, and a single-phase lateral branching from a three-phase trunk is represented as 


° Here, speed is of the essence -- a DC load flow may require only 1/1000 the time of a comprehensive 
unbalanced AC analysis. The approximate results are not important, for while the DC load flow may 
provide only very approximate results, it will still tend to rank various candidate configurations 
correctly with respect to losses costs and voltage drop. 
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Figure 22.7 The unbalanced three-phase circuit representation (top) can be analyzed “a phase at a 
time” using a one-line equivalent electrical analysis applied to each of the three single-phase models 
developed from the top three-phase representation. This provides many of the benefits of full three- 
phase analysis while using only the simpler one-line analytical method. 
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being served equally by each of the feeder's three phases, with its load distributed 33% on 
each of those phases — a physical impossibility but nonetheless used in such analysis. While 
approximate, this type of analysis was traditionally chosen as the best compromise between 
available resources and required results. 


Phase-by-Phase Computation Using a One-Line Electrical Model 


Among the many benefits of three-phase analysis, by far the largest in terms of general 
accuracy, is representation of unbalanced loading and configuration This is almost purely a 
circuit model (data and database) concern. In this approach, a one-line load flow algorithm 
is used to compute voltages and currents on each of the three phases individually, as if the 
other two did not exist, as shown in|Figure 22.7| Three “phase load flows” are performed on 
the three-phase data model by stripping out each phase's single-line “phase model” with its 
loads and computing voltages and currents with a single-line electrical model. Alternately, 
this may be done simultaneously with an algorithm whose off-diagonal elements (Z matrix) 
are zero. Either way, the simplification is in the electrical, not the circuit model. 

While this approach does not acknowledge unbalanced electrical behavior, particularly 
the impact of mutual coupling, it does compute the effects of uneven balancing of loads and 
configurations, both in aggregate and on a segment by segment basis. The gain in analytical 
detail provided is considerable, and the author considers this to be minimally sufficient in a 
majority of planning cases, particularly in urban and suburban situations, where roughly 
90% to 95% of all unbalanced variation in voltage and current is due to imbalance of 
loadings.’ | 


Three-Phase Circuit Model with Three-Phase Electrical Analysis 


More accurate analysis of the voltages and currents in a three-phase circuit model is done 
by using a computational method that simultaneously analyzes the three phases and their 
interactions (mutual coupling) in company with an accurate system model. There are a 
number of aspects relevant to the detail with which this can be done. 


Symmetrical component representation 


Assumptions of certain symmetries — balance of a sort — are at the heart of symmetrical 
components analysis, and thus this very popular method of power systems analysis is 
approximate and not completely valid for circuits where real load is unbalanced, where 
reactive loading or injection is unbalanced, or where mutual impedances differ substantially 
among phases due to configuration. A popular approximation is to represent four-wire wye- 
connected circuits with only the three-phase components. This is usually done with 
symmetrical component models but in all cases is only approximate (although the 
difference is usually not significant). 


Four-wire “Carson's equation” representation 


An electrical behavior model based upon a full four-wire representation of wye-connected 
electrical behavior in a circuit will provide both a computation of the neutral current on a 
segment basis as well as the slight voltage imbalances that accompany such current. This 
type of model is sometimes referred to as a “Carson's equation” model in that it can apply 


7 In cases of long and lightly loaded feeders in rural areas, or where voltage drop constraints, not 
thermal capacity are the limiting factors in design, unbalanced mutual coupling can contribute 
significant voltage imbalance even if loads were balanced. Only in such situations is the 
computation of unbalanced mutual coupling critical. 
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directly the four-by-four impedance matrix derived from Carson's equations, which do not 
make assumptions about symmetry or balance (Carson, 1926; Kersting, 1992). This is 
generally considered an accurate, practical distribution load flow method, suitable for most 
planning and engineering uses. 


Five-conductor electrical models 


Five-conductor models of electrical power flow represent the effects and flows of ground 
current as well as current through all four wye-connected conductors. Ground flow is 
negligible in the vast majority of normal circumstances. The majority of the impact of 
ground — its mutual coupling with the conductors ~— can be included in the four-by-four 
impedance matrixes and even its behavior as the return conductor in earth return systems 
can be approximated within close margin without resorting to such modeling. Five by five 
matrix based load flow computations will take roughly twice as long to compute (based 
only on matrix size one would expect only 56% longer, but the high dynamic range of the 
impedances involved means more iterations as well as more computations per iteration). 
However, this is not a major concern with most modern computing systems. 

However, a five-wire model is more accurate in those situations where ground current 
might be a problem (e.g., see stray voltage in Chapter 20, |Table 20.1). The obvious 
advantage of such a model would seem to be that it will alert the engineer to a potential 
problem. But the problem with such application of five-wire models is that data on the 
impedance of the (heterogeneous?) soil are usually so imprecise as to render such analysis 
inaccurate in many cases. Thus, the “alert” to a problem is often the result of a wrong guess 
at the ground impedance rather than a real problem in power flow. Five-wire models 
provide a high proportion of “false positive” alerts of problems for this reason. Generally, 


they are used as tools for analysis once a problem is thought to exist due to operating 
problems or other indications. For more detail see (2001). 
Line charging 


Line charging can be an important factor in determining voltages in underground cable 
distribution systems and in certain other cases — for example it can lead to higher than one 
per unit voltages at the end of long, lightly loaded feeders in rural distribution systems. Line 
charging is typically represented in most AC load flows. However, several popular 
distribution analysis software packages do not render line charging well. Additionally, 
accurate values for line charging are sometimes inadvertently left out of cable and 
conductor databases. In either case, a significant, and occasionally critical, element of 
electrical performance has been neglected. 


Node or segment load representation 


In modern load flow analysis, loads are represented as associated with nodes. However, a 
few older voltage drop computation procedures still in use at the time of this writing (2003) 
associate loads with segments, not nodes. Such “segment load” models represent the load as 
spread evenly along the feeder segment. They were popular (in fact, preferred) when 
computations were done mostly by hand or with limited computer resources as was the case 
until the late 1980s. In those cases, representation of an entire feeder with somewhere 
between five and twenty-five segments was typical. One segment in such a model might 
represent a mile of primary feeder, which had fifty service transformers along its length. 
Such a distributed load model was most appropriate under those circumstances. Modern 
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Figure 22.8 Motor-start study profiles for a feeder trunk and branch due to a 550 HP 3-Ph. induction 


motor (from|Figure 20.3). Generally, a motor start analysis consists of three load flows, modeling the 
motor as off, as running at full speed with a maximum mechanical load, and as “locked-rotor” — 


energized and at zero RPM, as at the very instant it is started. Profiles are compared to identify if and 
where voltage fluctuation during starting violates the utility's standards. 


distribution circuit databases use much greater node resolution, often to the point of 
representing each service transformer with an individual node. In such situations, 
representing load on a segment basis is not appropriate. 


Motor Start Analysis 


The temporary starting current from large motors can often be sufficient to cause 
undervoltages on the portion of the distribution system serving them and “flicker” service 
quality problems for customers nearby (see . Motor-start studies to determine if a 
particular motor will cause such problems, and if so, how the problems can be mitigated, 
bridge the boundary between planning and engineering. Normally, “motor-start” or 
“flicker” studies consist of three load flow cases, so that engineer-planners can compare the 
voltage profiles along the feeder with the motor off, with it operating at full speed, and as it 
is starting, as shown in the three profiles in Figure 22.8. These studies consist of three 
“static” load flow cases, each set up with the same loads and conditions, stable for the 
representation of the motor, which is represented as zero load, full running load, and as a 
starting current.® Such load flow studies are fairly straightforward; however, validity rests 
on several important aspects of modeling: 


Set switched equipment such as regulators, switched capacitors, etc., so that they 
do not change status. Some load flows represent switched equipment with 
dynamic models that will “operate” the equipment, turning on capacitors and 
changing regulator taps, if needed to boost voltage, etc. Typically, control systems 


® Representation of motors as they start is perhaps one reason to have a load flow that can model 
“constant current” loads (see|section 22.4). Setting the motor to a constant current load equal to the 


motor's starting current is the easiest way to run the “locked rotor” case. 
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of regulators and capacitors are set to respond only to long-term changes (many 
seconds or minutes) in conditions, and thus they will not change status during a 
motor start up. 


Represent the loads’ voltage sensitivity (see|Section 22.4) as accurately as possible 


— the difference in representing the rest of the loads on the feeder as constant 
power or constant impedance can make a substantial difference in the motor start 
case results. 


The model of the motor itself is important — its impedance, delta or Y connection, 
etc., particularly if it is starting in the face of any imbalance in voltage or other 
unusual situations (under some arrangements, three-phase motors can be run from 
a two-phase feed). In addition, large motors often have capacitor switching and 
other starting features to ease initial in-rush current. 


All the foregoing describes the most common type of motor start study, which is limited 
to an assessment of whether the motor start will cause overload, undervoltage, or flicker 
problems on any portion of the feeder. A more involved type of analysis is necessary in a 
few cases, when it must be established whether the motor will, in fact, start and run up to 
speed. When supply impedance is marginal, when power factor is already poor prior to 
starting, and when the motor must start against its full mechanical load, it may stall or be 
unable to run up to full speed. Or it may take so long to accelerate up to full speed that it 
and other equipment overheats due to the high starting current. Transient motor start 
analysis can establish expected starting behavior to this level of detail: they step through a 
motor start simulation in short time slices (e.g., 1/180 second), modeling the motor with 
both electrical and mechanical (rotor inertia, and mechanical load, resistance and inertia, 
etc.) as they determine if and how fast the motor will accelerate to full speed. 


Load Flow Analysis Priorities 


The foregoing discussion highlighted some of the challenges to analytical method and data 
collection that distribution planners face. If approximate data and method are all that is 
available, then they will have to suffice, but the planners must be aware of the limitations 
imposed on their planning as a result, and respect these limitations. 

Every performance simulation method (i.e., every combination of a database and an 
algorithm) provides a certain level of dependable accuracy ~ the computed voltage drops 
and currents are accurate within + 10% or + 5%, or + 3%, or other values, etc. This range 
creates a “gray area” within which circuit performance is not exactly known, and this range 
— whatever it 1s — exists around every value computed in a distribution performance 
simulator, whether acknowledged or unacknowledged. Increasing levels of comprehensive 
detail in data representation and accuracy in electrical behavior computation can reduce this 
approximation range. In fact, it is possible to reduce it to inconsequential levels by use of 
specific, timely, and accurate data applied to highly accurate analytical techniques. 

However, in many cases the cost of providing more accuracy is not warranted by the 
improvement in results that are obtained. Planners must bear in mind that this issue should 
never be judged on the basis of level of accuracy, per se, but rather on the basis of how the 
accurate results contribute to the planner's goals of achieving satisfactory levels of service 
at the lowest possible cost. lists the author's recommendation on the order of 
importance of various capabilities discussed in this section. The first six are generally 
necessary for accurate distribution planning; the last two are seldom, if ever, justifiable. 
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Table 22.3 Recommended Factors to Include in Load Flows 
Always Required 


{. Phase-by-phase representation of circuit and loads (rather 
than one-line data) even if not analyzed on a phase-by-phase 
basis. 


AC rather than DC representation of electrical behavior. 


won 


Representation of loads as constant impedance, constant 

current, constant power, or any mixture of the three. 

4. Representation of loads as associated with nodes, not 
segments, 

5. Representation of line charging associated with both 

underground and overhead lines. 


6. Accurate representation of the electrical behavior of 
equipment, including capacitors and regulators, etc. 


7. Representation of mutual coupling among phases (e.g., use 
of an unbalanced electrical behavior model). 

8. Four-wire model of electrical behavior, not based upon 
symmetrical component models. 

9. Site-specific rather than generic data for line equipment, such 
as regulators, etc. 

10. “Five conductor” rather than four-wire models of electrical 
behavior. 


11. Representation of load voltage sensitivity as including 
constant current types. 


Seldom Justifiable Based on Contribution to Accuracy 


Short-Circuit and Protection 


A load flow analysis simulates the performance of a feeder under normal, or design, 
conditions. A short circuit analysis simulates the performance under abnormal conditions 
that, while unlikely, must be anticipated. Its application is best supported by models and 
analysis of protective equipment including relays, breakers, fuses, and reclosers. Such tools, 
and their application, are important, but are a part of engineering, not planning, and as all 
books must have boundaries, they are not discussed here. Several references give good 
discussions on short-circuit computation and protection (Burke, 1994; Grainger, 1993). 


22.6 COINCIDENCE AND LOAD FLOW INTERACTION 


Figure 22.9] shows typical peak-day load curves (winter) for large residential all-electric 
homes (about 2500 square feet) in one subdivision of a metropolitan area in the 


southwestern United States, illustrating the effects of load coincidence on load curve shape 


and peak load. As was discussed in|Chapter 3](Figure 22.9 shows data from|Figures 3.2) and 
(3.6), the load curve shape and peak load per customer seen by the system varies depending 
on the number of customers in the group being observed. 
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A coincidence curve, showing “peak load as a function of group size,” can be 
determined by measurement and analysis./Figure 22.10|shows the coincidence curve for the 
customers whose load curves are plotted in Figure 22.9]’ Individual non-coincident peak 
load exceeds 22 kW each, whereas in a group of five, peak per customer is about 16 kW; 
and in groups of 25, 13 kW; while for a group of 100 homes, the coincident peak load per 
customer is 9.9 kW. Coincidence can be given by the coincidence curve, which is the ratio 
of peak load per customer plotted against individual peak load 


C(N) = coincidence factor for group of N customers 


= (observed peak for the group) (22.6) 
~ (individual peaks) 


What peak load per customer should be used to model loads in a load flow study of 
peak conditions on the circuit feeding the customers whose loads are shown in Figure 
22.9? To illustrate the limitations coincidence puts on load flow accuracy, consider a 
feeder which serves 500 customers of this type. The feeder's peak load would be about 
five hundred times 9.9 kW, or 4.95 MW. 

Suppose that the planners wanted to study this feeder in as much detail as possible. As a 
result, they build a circuit model of both the primary and service levels, and represent every 
customer meter with an individual node. What loads should be input into the load flow for 
each customer node? A value of 22 kW is the most accurate estimate available of the actual 
load that would be metered at each customer point. However, using 22 kW/customer loads 
would produce load flow results that showed a feeder peak load of 11 MW, more than twice 
the actual feeder peak. The computed voltages would be much lower, and the computed 
currents much higher, than would ever occur during peak conditions. 

Since the load flow effectively adds together all nodal loads, in order to produce the 
correct total feeder load, individual customer loads must be modeled at their coincident 
feeder-peak level — in this case, essentially as 1/500 of the group total for 500 such 
customers, or about 9.9 kW each. It would be a mistake to represent loads as 22 
kW/customer, or at any other level other than the feeder-peak coincident 9.9 kW/customer. 

The most accurate estimate of peak load at a node is not the load that should be used 
in a load flow. Rather, the node's contribution to feeder peak should be used. The 22 kW 
value is the most accurate estimate of each individual customer-node's peak, but a value 
of 9.9 kW should be used as the load at that node. Similarly, load of 80 kW (five times 16 
kW) is the best estimate of the peak load seen at a node with five customers behind it, but 
a load of 49.5 kW should be used in a load flow for any node representing five 
customers. This is the reason behind the recommendation given earlier (Section 22.4) that 
customer count data on a nodal should not be used to help adjust load data derived from 
billing data for coincidence. The load to use at a node is the best estimate of the 
customers' net contribution to feeder peak load, not the best estimate of the peak load 
seen at that node. 


All |_oad Fiows Underestimate Maximum Voltage Drop 
and Current Flow through Equipment Near Customers 


In the example cited above, the planners have little choice but to use feeder-coincident 
loads of 9.9 kW per customer for load-flow analysis. More generally, planners have to use 


° The load curves shown and the coincidence behavior shown are based on five-minute demand 
periods. Qualitatively identical behavior occurs at any demand period length -- 15 minutes, 30 
minutes, | hour, or even daily. 
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Figure 22.9 Daily load curves measured on a five minute basis for groups of two, five, twenty, and 
one hundred homes in a large suburban area. Note vertical scale is in “load per customer” for each 
group. Peak load per customer decreases as the number of customers in the group becomes larger. 
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Figure 22.10 Coincidence curve for the residential load curves plotted in Figure 22.9. The peak load 
per customer drops as a function of the number of customers in a group. 
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Voltages computed using a typical load flow analysis 


Figure 22.11 Top, voltages and currents computed based on coincident customer loads on a suburban 
feeder trunk and one of its a lateral branches. Boitom, actual worst voltages experienced due to 
customers, and customer group peak loads. 


feeder- or substation-coincident peak loads throughout all distribution analysis — anything 
greater results in a computed “overload” and an unrealistic case. With such loads in place, 
the feeder and substation peak loads and the current flows and voltage drops for “large” 
parts of the feeder system (trunks, major branches, etc. — any section serving more than 
about 50 customers) should be accurate. Assuming that other data are accurate and detailed, 
and the load flow engine produces a good solution, the computed voltages and currents will 
be quite close estimates of reality 

However, voltages and current flows computed will be underestimated on all “small” 
portions of the feeder — those serving fewer than twenty customers or so. Figure 22.1] 
shows a lateral which serves only five customers, modeled as five segments and their 
nodes. In the top drawing, in order to make the load flow “add up correctly,” customer 
loads have been represented at their coincident contribution of 9.9 kW each, resulting in a 
flow of 49.5 kW on the lead segment of the lateral, and only 9.9 kW on the end segment. 
Primary-level voltages computed by the load flow are shown, and appear to meet the 
utility's requirements for at least 113 volts (120 volt scale) on the primary level. 

The actual maximum flows and minimum voltages that can be expected to occur during 
peak conditions on this lateral are shown in the bottom diagram in Figure 22.11. Flow on 
the lateral's first line segment occasionally hits as much as 75 kW — meaning 50% more 
voltage drop along that segment than modeled by the load flow. All current flows and 
voltage drops computed on the lateral's downstream segments are low by between 60% to 
120%. As a result, the voltages and loading calculated by the load flow do not represent the 
worst than can be expected. As shown, actual values fall below the utility's standards by a 
significant amount. 

There is little that can be done with a normal load flow algorithm to correct this 
mismatch. If given non-coincident loads, it will overestimate total load and thus greatly 
overestimate voltage drop and loadings on the trunk and other portions of the feeder. Thus, 
its ability to then compute drops along all lateral sections correctly is rather a moot point. 
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“Coincidence Mismatch” Is a Potential Problem 


Coincidence mismatch is a serious limitation in load flow applicability, of which many 
distribution planners are unaware. There is little that can easily be done about it (a work- 
around for some situations will be described later in this section). As a result, it creates 
three potential problems for planners who depend on a load flow evaluation to design their 
system: 


1. Optimal equipment design and selection for portions of the system near the 
customer, particularly at the service level, is complicated because adjacent units 
of equipment may not see the same load curve shapes even though they are 


serving some of the same loads (see/Chapter 19). 


2. Losses estimated based on load flow results are generally underestimates, often 
by embarrassingly large amounts. 


3. Voltage drop at some points of the system may fall sufficiently below predicted 
levels that service quality problems result. Worse, because the “needle peaks” of 
non-coincident load behavior are short, these problems may be intermittent, and 
voltage fluctuation caused by the load shifts may cause flicker problems. 


The nature of the first two problems is discussed further in Chapter 19. In most utility 

systems, “‘coincidence mismatches” between computation and reality like those shown in 
create noticeable problems on the primary system only at the extreme ends of 
limited-capacity feeders, often those that serve just a few large industrial customers. 
Unfortunately, such locations are where voltage drop is usually most extreme and service 
quality needs the highest. 

The mismatch shown in Figure 22.11, of nearly a volt on a 120 volt scale, is about the 
worst that will be seen at the primary level due to coincidence. However, if voltages are 
computed by the load flow from the primary down through the service transformers, onto 
the service level and to the customer meter, coincidence-mismatch can become more 
serious. Mismatches of up to two volts at the customer meter are not uncommon between 
sound load flow cases (i.e., those based on good models, data, and algorithms) and reality. 

Most distribution systems and their distribution voltage standards have a margin built 
into them to cover coincidence mismatch and a host of other “uncomputable” and 
“unforeseeable” problems. As a result, historically, this inability to estimate easily and 
quickly the maximum voltage drop at a customer location has been of little concern except 
in rare cases. Problems usually occur when a new customer load is being added at the 
extreme end of a feeder, at a point where load flow analysis predicts the new load can be 
served with the circuit barely staying within standards. Due to coincidence, the actual 
voltages stray out of standard ranges and customer complaints result once the new load is 
connected. Coincidence mismatch is most likely the cause anytime a customer on the end of 
a feeder complains of intermittent low voltage, and a good load flow case cannot duplicate 
such low voltages.'° 

As utilities continue the industry's long-term trend of gradually reducing capacity 
margin, and run systems with ever higher utilization levels, coincidence mismatch can be 
expected to be a more persistent problem. 


10 The needle peaks responsible for non-coincident peak loads usually last only 5 or 10 minutes, but 
they occur many times a day. As a result customers may experience only occasional, brief periods of 
low voltage during peak and near-peak conditions. 
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Load Fiow Set-Up to Model Non-Coincident 
“Worst Case” Voltages at One Node 


A load flow case can be set up to estimate the worst case “non-coincident” voltage drop to 
any one branch end point. This requires adjusting the loads of nodes on the branch, as 
illustrated in Figure 22.12. Basically, the line of customers (or loads) from the end point 
back to the substation is adjusted to match the peak coincidence curve: 


The customer at the end of the feeder is set to the non-coincident load, C(1) x 
22 kW. 


The next customer upstream (toward the substation) is set to a value of 22 kW 
x (2 x C(2) - C(1)), or 18 kW. This is the value that when added to the 
modeled load of the first customer results in the proper coincident load for the 
pair. 


The next customer upstream (toward the substation) is set to a value of 22 kW 
x (3 x C(3) - 2 x C(2)). This value, 14 kW, is that which when added to the 
modeled loads of the two, results in the proper coincident load for the pair. 


Generally, the next customer upstream, N, will be set to a load value of 
22 kW x (N x C(N) - (N - 1) x C(N - 1)). 


This “non-coincident load allocation” is done for the stream of customers from the 
extreme end of the branch or lateral being studied back toward the substation until a value 
of coincident load (9.9 kW in this example) is reached. The rest of the customers on the 
feeder are assigned their normal load flow case coincident load. 


Loads as assigned to customers 


Figure 22.12 Method of setting up the load flow to model the worst case coincidence flows on the 
lateral consists of adjusting loads to represent the coincidence curve profile along the back-path from 
the lateral's end point. Top, the values assigned to each customer are based upon, but are not exactly, 
the values given by the coincidence curve (see text). Bottom, the voltages computed for the lateral 
with this case reflect the “worst case” (compare to[Figure 22.11]. 
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Table 22.4 One-Page Summary of Chapter 22 


Computerized analysis tools not only assure quicker and more precise turn-around of engineering 
studies, but they improve consistency by effectively standardizing the analysis process. They also 
provide a built-in documentation of method and results, an important advantage. 


Two classes of computerized distribution planning tool are: 


Performance simulators, such as a load flow, that estimate the performance or engineering- 
related status of part of the system under specific conditions 


Decision support tools automatically sort through or priontize alternative plans to help 
planners find the best for any particular situation. 


Models are representations of the behavior, response, or structure of some element of the distribution 
system, used as a proxy for that element during analysis and evaluation of planning options. A model 
can be either a representation of how something works (a certain mathematical model of electro- 
mechanical behavior, as in a load flow) or a representation of what something is (a circuit database). 


Algorithms are rigorously defined numerical of non-numerical methods which are usually 
implemented by a computer program on a digital computer for quick, accurate computation or 
optimization search. An algorithm is not a model, but rather a way to do the computations required by 
a model. 


The distribution “database” is the most basic model involved in distribution performance analysis. 
It defines what equipment is involved and how it is interconnected. 


All models are approximate. It is not possible to model the real world in perfect detail. 


Extreme detail in the modeling along with the use of “highly accurate” algorithms does not 
necessarily always pay back the effort and cost in terms of any better results. 


Phasing data are one area where many utilities have problems with data accuracy and detail. 
Tracking loads and flows on a phase-by-phase basis is an important attribute of good distribution 
performance analysis. 


Load modeling is very important, beginning with the allocation of load to nodes in a feeder and 
determination of imbalance of load and voltage sensitivity (proportion of constant power, constant 
impedance). Load models are often overlooked, even though many critical engineering results are 
quite sensitive to them. 


Every performance simulation method provides a certain level of dependable accuracy ~ within + 
10% or + 5% or + 3%, or whatever it may be. This range creates a “gray area” within which 
performance is not exactly known. Planners need to understand and accept this range and not over- 
apply methods with respect to accuracy. 


Data and detail are more important than algorithm. Working on or with new algorithms and 
advanced methodology is always more fun than, but seldom as effective as, equivalent effort put into 
refining models of the distribution system, its customers, loads, and equipment. 


Load flow analysis is a coincident-load analysis tool only. One must use coincident values for all 
loads. Voltage drops in excess of those computed by the load flow can and will occur on the 
distribution systems due to non-coincident volatility of loads. 


Non-coincidence effects mean that load flows applied to “very detailed models” — those that represent 
a system down to the customer level — will compute mostly meaningless values. Therefore, load flow 
analysis detail beyond a representation of each service transformer as a single node is seldom 
recommended. 


Worst case scenario load flows can be set up to show the greatest voltage drop expected due to 
normal non-coincident load behavior. 
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The result is a load flow case with a very slight increase in modeled load above 
coincident peak conditions (which is a valid representation of the worst-case situation at 
this customer location, by the way), arranged to replicate the profile of the coincidence 
curve to the point being analyzed. When the load flow is solved, it computes voltages and 
currents for what is legitimately a “worst case” condition with regard to this particular 
branch. The situation being modeled represents the loads at a time when the combination of 
loads on the branch is as high as normally expected. 

It is possible to re-write any load flow program to apply this “work-around” serially to 
all branches. However, even with its program logic cleverly structured, most algorithms 
will take much more computation time as a result. Load flow algorithms that use a “tree- 
walk” in a series of computation passes through each feeder are an exception — this “trick” 
can be done with little increase in computation time. However, “tree walk” load flow 
algorithms are restricted in application to only radial circuits, and in general are not as 
accurate or applicable to many modern planning needs as full network load flows. 

In addition, a load flow that applies this approach is more difficult to apply, because it 
requires additional input setup (the coincidence profile) and additional interpretation, and 
the accuracy of the results are dependent on good knowledge of customer types and their 
load characteristics. For this reason, the use of “non-coincident load flows” is not 
recommended for general planning application. 


Recommended Procedures for 
Addressing Load Coincidence Mismatch 


Service quality and small-equipment overload problems attributable to coincidence load 
mismatch can be expected to occur in distribution systems as loads grow, budgets and 
design margins shrink, and utilization factors inevitably rise as a result. They will also 
become more common because of the trends in load flow usage (Figure 22.4). As node 
resolution gradually increases, the number of nodes representing only a handful of 
customers, and thus susceptible to the difficulty discussed here, can be expected to increase. 
Planners have little choice but to use a load flow approach in the performance 
simulation of their systems. The “work-around” discussed above can be applied in cases 
where mismatch has been identified as the cause of service quality problems, but it is much 
too labor intensive for normal application. The recommended procedure is for planners to 
apply load flows based on coincident load, but to be aware of coincidence mismatch as a 
limitation of this study methodology, and to understand how and why it is likely to create 
problems. Work-arounds and special study should be applied only when necessary. 


22.7 CONCLUSION AND SUMMARY 


Distribution planners use a wide variety of analytical tools to simulate the performance of 
the future distribution system in order to refine plans and establish that recommended 
additions to the system will in fact do their job. As the industry continues to tighten 
operating margins, and to demand higher productivity levels from a continuously 
downsized workforce, the distribution planner's use and dependence upon analytical tools 
and automated design methods will increase. While many advanced tools and invoived, 
even exotic, algorithms exist, more effective results are obtained by focusing on accurate 
databases, good load models, and accurate representation of equipment. 
Key points made in this chapter are summarized in 
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Distribution System Reliability 
Analysis Methods 


23.1 INTRODUCTION 


This chapter can be considered as a “reliability-focused” companion to Chapter 24, which 
covered electrical analysis methods. However, the title of this chapter (Distribution System 
Reliability Analysis) and its contrast to Chapter 22’s (Distribution Circuit Electrical 
Analysis) conveys an important element of sound reliability engineering: it must be done on 
a system or multi-feeder basis to have any real relevance. (Chapters Idland covered how 
most circuits obtain contingency backup on a systems basis, with neighboring circuits 
providing mutual contingency support through carefully arranged switching. 

Thus, while the analysis of the electrical behavior (voltage, current, power factor, 
loading) of a circuit can be done on a circuit by circuit basis, analysis of the expected 
service reliability level requires assessment of the feeders on the “other side” of open tie 
switches. It is often best carried out by applying a reliability analysis computation to a 
large group of feeders, determining reliability performance of all of them. 

This chapter begins with some philosophical concepts about reliability and 
distribution planning in the remainder of this introductory section. Section 23.2 discusses 
contingency-based planning methods, the traditional industry approach, which assured 
reliability by engineering capacity margin into the system. It shows what these methods 
are, how they fit into a utility’s planning framework, and how and why they sometimes 
fail to assure high levels of reliability needed when applied to systems with high 
equipment utilization rates. 

Section 23.3 introduces the central concept of the chapter: that reliability of a 
distribution system can be engineered, in the same way that other performance aspects 
such as voltage, loading, and power factor are engineered. This requires reliability- 
focused analytical methods, which are covered in section 23.4. Section 23.5 gives an 
example of reliability-based engineering applied to a medium-sized power system. 
Section 23.6 then looks at methods needed to assess and optimize financial risk and gives 
an example analysis. Section 23.7 concludes with a summary of key points. 
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The Growing Emphasis on Reliability 


During the last decade of the 20" century and the first years of the 21st century, the power 
industry put increasing focus on reliability of service. There were four reasons for this 
change: 


1. The increasing sensitivity of customer loads to poor reliability, somewhat driven 
by the increasing use of digital equipment, but mostly by a growing dependence 
on electrical devices for home, business, and industry. 


2. The importance of distribution systems to customer reliability as the final link to 
the customer. They, more than anything else, shape service quality. 


3. The large costs associated with distribution systems. Distribution is gradually 
becoming an increasing share of overall power system cost. 


4.Regulatory implementation of performance based rates and large-customer 
contracts that specify rebates for poor reliability all give the utility a financial 
interest in improving service quality. 


In the past, distribution system reliability was a by-product of standard design 
practices and reactive solutions to historical problems. Today, distribution system 
reliability is a competitive advantage for some distribution utilities and a measured area 
of performance, reported to regulatory agencies, for all. Reliability must be planned, 
designed, and optimized with regard to cost. 


The Traditional! Reliability Paradigm: Criteria and N - X Methodology 


Traditionally, electric utilities assured the reliability of their power delivery indirectly, by 
setting and then engineering to criteria that called for margin, switching, and other 
characteristics that would assure reliable operation. The major reason for this approach was 
that reliability engineering — estimating accurately in advance the actual reliability of a 
system and then using that estimate to identify and correct deficiencies in design in order to 
achieve a specific level of reliability - was not possible with the data, computing, and 
engineering resources available throughout most of the 20" century. It certainly was not 
possible until the advent of the digital computer and, in fact, not practical until computing 
power reached the levels it did in the very late 1990s. 

Thus, electric utilities developed a method of engineering a system that would provide 
reliable performance by adhering to a basic rule: design the system so that it can do without 
any major element and the system can still do its job even if any one unit fails. These 
methods were often referred to as “N — 1” methods, because a system with N units of 
equipment was designed so it would operate without any one (the “minus one”). So 
designed, a system would tolerate failures, actually more than one, because in a widespread 
system simultaneous failures were most likely to occur in different places in the system — a 
failed transformer here, a failed breaker somewhere else. The likelihood of two nearby units 
failing simultaneously was usually remote enough so as to not be a consideration, but if it 
was, the system was then designed to tolerate two failures, etc. In general, contingency- 
based methods came to be called “N — X” methods, where X was the number of units they 
were designed to do without on a routine basis. Systems with an X of two and even three 
were not uncommon. 

From this concept, utilities evolved rules (guidelines, design criteria, standards — 
whatever they would be called) that added specificity in application, and developed 
engineering methods that applied these rules with precision and procedure. Over time, these 
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rules and procedures were refined until they worked well — power systems designed with 
these methods generally provided reliable service over long periods of time. Despite their 
intricacy, these methods were at their heart simple to apply and understand, and effective in 
traditional situations. They were a great success. 

Despite this success, which lasted into the late 1990s, contingency methods had several 
disadvantages. First, the indirect nature through which they addressed reliability meant that 
in spite of their rules and procedures, they often left “holes” or vulnerable areas in the 
power system, portions where reliability would be barely adequate, and not match the high 
standards of other areas around them. This tendency of N - X design methods was 
addressed by using such tight, high criteria that that even those vulnerable areas were very 
reliable. This achieved the result, but meant other parts of the system were “overbuilt.” 

Thus, the real issue: cost. Contingency-based methods’ only serious shortcoming for 
modern power engineers is that they tend to spend a lot of money to accomplish reliability 
of delivery. Because they accomplish reliability indirectly, it is essentially impossible to use 
them as engineering tools in a process aimed at driving cost to a minimum. For that, one 
needs methods that directly address reliability — so-called reliability-based engineering 
methods. 


Predictive Reliability Analysis of Distribution Systems 


Power system planners can achieve reliable service, and lowest possible cost, if they 
directly address the reliability of their system by designing it to achieve the levels of SAIDI, 
SAIFI, and other indices that they wish. To do so, they need reliability-based analysis tools, 
methods that can evaluate a particular power system layout against a particular customer 
demand profile and say “SAIDI and SAIFI will be such and such,” etc. This tool is used in 
almost the same manner that traditional planners used a load flow. Candidate plans for 
future service are evaluated. Deficiencies are noted in this forward-looking analysis — areas 
where voltage is out of range or loading is too high. Changes are made to the plans until the 
predicted performance matches expectations, and these plans are refined through further 
work until the lowest cost plan is found that still meets all requirements. 

Working with a “reliability load flow,” planners can engineer frequency and duration of 
outages, and incidence of voltage sags, throughout a system in exactly the same manner. 
The result, if this is well done, is that all parts of the power system will provide the 
expected level of reliability, and cost will be minimized. 

Reliability assessment on a routine computational basis is a relatively new feature of 
distribution planning, but with increased competition in the utility industry and a growing 
importance of customer service quality, it is very likely to become as common as load flow 
analysis. 

Reliability analysis consists of two steps, independent of one another in both function 
and application. Some utilities perform only one or the other. To this, the author has added 
a third, generally not recognized step, required to combine the two types in a 
comprehensive study of reliability. 


Historical reliability assessment, whose goal is to analyze system and historical 
operating data to assess the reliability “health” of the system, to identify problem 
areas and to determine what caused any problems. 


Predictive reliability assessment, whose goal is to predict expected future 
reliability levels on the system, both in general and at specific locations, by 
analyzing a specific candidate design for a part of the distribution system, and 
determining expected reliability. This is the type of analysis that is used to study 
how various “fixes” might solve a reliability problem. 
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Calibration is required to adjust a predictive model so that it correctly “predicts” 
past events on the system. Only in this way can the model be truly representative 
in predicting what will occur as changes are made to the system in the future. 
Calibration is not easy — it requires a good historical base of information, a good 
historical assessment model, and careful adjustment of a myriad of factors. But it 
is essential if the predictive assessment model is to be dependable. 


Predictive reliability analysis is the core of reliability planning. Planners usually are 
looking at the future, considering if the system will perform as needed (predicting 
performance) and studying changes in the system needed to both accommodate new 
consumers and to address any performance shortfalls predicted for the system. Usually, 
historical reliability assessment is done by the Operations Department, to determine where 
weak parts of the system are, why performance has lagged expectations there, and if the 
cause is operational or a function of equipment and design. In the later case, the problem 
rightly belongs in the Planning and Engineering Department’s venue, for it will very likely 
best be corrected through changes in equipment or design. 

The goal of most predictive reliability analysis is to compute, for every node in the 
system, the expected frequency and duration of outages under some specific set of future 
conditions. In addition, a desirable (but difficult) aspect is to compute the expected 
frequency and severity of voltage dips — a dip in voltage to 70% of nominal may not 
represent an “outage” as far as the utility is concerned, but to some customers and some 
electronic equipment it may have the same effect (Chapter 2). 

Many different analytical approaches have been developed and applied to predict future 
reliability levels on a distribution system. Most function somewhat like a load flow, in that 
they must work on a database of circuit and equipment models that provide connectivity, as 
well as details about equipment throughout the system (of course, reliability analysis needs 
details relevant to reliability, rather than electric flow analysis). In addition, some reliability 
analysis methods need the results of a load flow solution prior to their application in order 
to track power flow. Those that compute expected frequency and severity of voltage dips 
also need access to a fault-current analysis of the system. 

All reliability-analysis methods involve some application of probabilities, but there are 
several fundamentally different approaches. Those that seem to produce the best results 
analyze connectivity of equipment and power flow and the operation/failure/repair of each 
unit of equipment explicitly. Such analysis will include the opening and closing of breakers 
and switches to isolate and then to pick up outaged portions of the system from alternate 
sources. 


Maximum Reliability Isn’t Always the Goal 


Planners must keep in mind that while reliability of delivery is important to almost all 
energy consumers, so is cost, and that only a portion of the consumers in any utility system 
are willing to pay a premium price for premium levels of reliability. The real challenge for a 
distribution utility is, within tight cost constraints, to: 


Provide a good basic level of reliability. 


Provide roughly equal levels of reliability throughout its system, with no 
areas falling far below the norm. 


Have an ability to improve reliability at designated localities or individual 
customer sites where greater service quality is needed and justified. 
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The Goal of Reliability Planning 


Thus, reliability planning of a distribution system seldom never involves determining how 
to provide the highest possible reliability of service, but instead involves determining how 
to meet service reliability targets while keeping cost as low as possible. These targets 
reflect the reliability of service that the customer sees and must be the focus of the 
distribution planner’s attention: while reliability of the equipment and system itself is 
important, what matters to regulators and consumers alike is customer service quality. The 
goal of good reliability-based planning, engineering, and operations is to achieve 
satisfactory service reliability as seen by the customer, not necessarily to improve reliability 
of equipment or service time on the system. Customer-level results are what count. 

Of course, often the best way to assure customers see good, reliable service at the lowest 
possible cost is to make certain that the power system design itself is inherently reliable. 
But the point being made here is that supply-side reliability is only a means to the important 
end. The planning and engineering process should focus on customer-level measures of 
service reliability. Thus, equipment-oriented measures such as availability ratios, forced 
outage rates, and contingency margins, etc., while useful, are not entirely satisfactory as 
yardsticks to measure results. Customer-side measures such as SAIDI, SAIFI, and other 
indexes that relate directly to the reliability of service at the customer locations should be 
used as the final arbiters of performance. 


23.2 CONTINGENCY-BASED PLANNING METHODS 
The N - 1 Criterion 


The traditional power system planning method that assured reliability of design at the sub- 
transmission — substation level is the N - | criterion. In its purest form, it states that a power 
system must be able to operate and fully meet expectations for amount (kW) and quality of 
power (voltage, power factor, etc.) even if any one of its major components is out of service 
(a single contingency). The system has N components, hence the name N - 1. 

This criterion makes a lot of sense. Unexpected equipment failures happen. Expected 
equipment outages (maintenance) are a fact of life. A prudent approach to design reliability 
should include making certain that the system can perform to its most stressful required 
level (i.e., serve the maximum demand, the peak load) even if a failure or maintenance 
outage has occurred. Just how much reliability this assures depends on a number of factors 
that will be addressed later in this section, and the fact that it does not always assure 
reliability is the major topic of this chapter. However, from the outset it seems clear that this 
criterion sets a necessary requirement for any power system that is expected to provide 
reliable power supply. 


N —-X: the extension of the contingency outage concept to multiple failures 


The criterion can also be applied as an “N - 2” criterion or “N - 3” criterion, in which case 
the system must be able to perform to peak requirements even if any two or three units of 
equipment are out of service, rather than one. Generalized, this becomes the N - X criterion, 
the power system will satisfy expectations even if any set of X and its components are out 
of service. Regardless, the method is generally referred to, and will be referred to here, as 
“the N - 1” concept and criterion, even if X is greater than one. 


Application of the Basic Contingency Planning Concept 


Typically, this concept is applied as a criterion in the planning and engineering of the 
transmission/sub-transmission/substation portion of an electric distribution (T&D) system — 
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the portion from 230 kV down to 69 or possibly 34.5 kV. At most electric distribution 
utilities, it is not applied to the distribution feeder system. Instead, techniques and analytical 
planning methods devised for application to radial power flow systems are used (see 


[Chapters 22]and 28}. 


The base case 


Application of the N - I criterion begins with a base case, a model of the power system as 
designed or planned, with all equipment in place and operating as intended. An appropriate 
engineering description of all this equipment along with a set of expected peak loads that it 
will serve forms the complete base case. In all modern utility planning procedures, this base 
case is a data set representing the system to be used in a load-flow. A digital computer 
analysis will determine for the system represented by that data set the power flows, 
voltages, power factors, and equipment loadings that will result when that equipment set is 
asked to serve that demand. Various “minus one” or “contingency” cases are then done 
using this model as the base, literally deleting one element of the data set at a time and 
“resolving” the model to see what effect that loss had on voltages, currents, etc. 

At the time the N - 1 method was first developed (which was prior to the availability of 
digital computers), the base case was an analog computer model built using patch-cord 
connections and numerical settings of rheostats and switches on a network analyzer, 
essentially, an analog computer built for simulation of power system behavior. Since the 
mid-1960s, digital computer programs that solve the load flow computation using a set of 
simultaneous equations have been used. By the end of the 20" century, these programs had 
become very specialized, with features and analytical tricks employed to make them fast, 
robust, and dependable when applied to contingency analysis. 

But regardless of the type of engineering computer being used, studies that build upon, 
or more properly “delete upon,” a base case are the foundation of the contingency-analysis 
method. As a first step, a base case representing the system in “normal” form, i.e., with all 
equipment in operation and fully functional, is set up and solved, making sure that it (a 
system with all equipment operating) fully satisfies all loading, power quality, and 
operating criteria. 


Contingency cases 


Variations from this base case are then conducted as a series of “contingency studies.” In 
each contingency study, one particular unit of equipment — a key transformer or line or bus, 
etc., is removed from the system database and the remaining system’s performance studied 
using the engineering analysis model (load flow) applied to this “contingency case model.” 
The analysis determines if the system can still serve all the demand, while remaining 
within specified operational criteria (see[Table 23.1], with this one unit out of service, or 
“outaged.”” If not, additions or upgrades are made to the system model until the case does 
meet the criteria. Once the first contingency case is completed (the study for the first 
component in the system), the method proceeds to study the outage of the second. It begins 
with a “fresh copy” of the base case and removes the second unit in the equipment list, 
again performing its analysis. In this way, it proceeds through all N components, outaging 
each one and identifying whether performance in that situation is sub-standard, thus giving 
planners an indication of where problems in the system lie and what the problems are. 
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Table 23.1 Transformer Loading Limits and Voltage Criteria for Various 
Contingency Situations Used by Four Electric Utilities in the US. 


Utility Base N-1 N-2 
Number Voltage Loading Voltage Loading Voltage Loading 
1 .97 ~ 1.03 83% 96-1.04 125% 95-105 133% 
2 .96 — 1.05 75% 95-1.07 115% 95-105 125% 
3 97 — 1.05 90% 96-1.05 135% 94-105 166% 
4 95 — 1.04 90% 94-105 135% 94-106 166% 


Relaxation of design guidelines for contingencies 


In most cases, electric distribution utility planners allow the contingency cases to meet less 
stringent requirements for loading, voltage, or other operating criteria than required for the 
“base” (no contingencies) case. For example, loading criteria may state that in the base 
case, no component can be loaded to beyond 100% of its normal rating. However, during 
any single contingency, a loading of 115% might be accepted; during a double contingency, 
a loading of 125% might be accepted. Table 23.1 lists the voltage and loading requirements 
for several utilities in the U.S. as a function of contingency situation. 


Application of N - 1 Using a Computer Program 


As originally conceived, prior to the existence of really powerful digital computers for 
power system studies, N ~ | analysis was done with an analog computer. Each case was set 
up and studied on an individual basis by the utility’s power system planners by adjusting 
settings and patch-cord connections on an analog computer. For this reason, initially 
(1950s) often only the 100 or so most important components (out of several thousand in a 
large power system) could be studied for contingency outage. However, beginning in the 
late 1960s, programs on digital computers were developed which would automatically 
check all single contingencies in the system. These programs became a staple of utility 
system planning. 

A modern contingency analysis program works along the lines shown in (Figure 23.1] It 
is built around a load-flow program — a digital program that takes a data set describing the 
power system and the loads it is to serve and solves a set of simultaneous equations to 
determine the voltages, flows, and power factors that can be expected in that system. In an 
automatic contingency analysis program, the basic load flow program is augmented with an 
outer loop which automatically cycles through this power system data set, removing each 
unit of equipment and line, in turn, and solving the load flow analysis for that particular 
contingency case. 

For each such case, the program checks the results of that contingency case and reports 
any loadings or voltages that are out of acceptable range. It then “restores” that outaged 
component in the database, removes the next unit in turn, and runs that contingency case, 
cycling through all components in the system. 

A system plan was considered acceptable when this type of evaluation showed that no 
voltage and loading standards violations would occur in every one of these instances of 
single contingencies. Figure 23.1 illustrates this basic approach. 
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Base Case 
N Components 


Satisfies 
Base Case 
Criteria? 


Yes 
For all N components 
n=1toN 


Remove component 
n from database and 
resolve load flow 


Report “no 
problem” 


Figure 23.1 Basic approach behind the N - 1 contingency planning approach. Engineering studies 
cycle through ail components of the system and outage each one, studying what loadings and voltages 
would result. The system is considered to meet “N - 1” criterion when all such contingency cases 
result in no out-of-range loadings or voltages. 


Table 23.2 Major System Outages Identified by US DOE in 1999 


Area When Interruption Cause Power Delivery? Aging Infra? 
New England Jun7-8 Wholesale generation shortage 
Chicago Jul 30 Multiple power delivery failures x x 

Aug 12 Multiple power delivery failures x X 
New York Jul 6-7 Multiple power delivery failures Xx X 
Long Island Jul 3-8 Power delivery and grid problems x Xx 
Mid Atlantic July 6-19 Wholesale generation & grid problems x 
N. New Jersey Jui 5-8 Multiple power delivery failures x Xx 
So.-Central US Jul 23 Wholesale generation shortages 
Delmarva Jul 6 Wholesale grid and generation shortages 
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A Successful Method through the Late 20” Century 


From the early 1960s through the early 1990s, the vast majority of different electric utilities 
applied this basic approach, with a number of slight variations here and there. Typically, a 
utility would design its system to completely meet an N - | criterion (the system can 
perform despite the loss of any one component) and to meet certain N - 2 criteria (a set of 
specific two-failure conditions, which are thought to be critical enough to engineer the 
system to tolerate). Systems designed using this approach produced satisfactory 
performance at costs not considered unreasonable. 


Supposedly Good Systems Begin Giving Bad Results 


In the late 1990s and early 2000s, the operating record of large electric utilities in the 
United States revealed increasing problems in maintaining reliability of service to their 
customers. During the peak periods in the summers of 1998 and 1999 a number of power 
systems that fully met the traditional N — | criterion experienced widespread outages of 
their power delivery ee lists only some of the more significant events in 
1999, as identified by the U.S. Department of Energy. In particular, the ComEd system’s 
(Chicago) inability to provide service was disturbing, because that system was designed to 
N - | standards and even met an N - 2 and N - 3 criterion in some places. There were a 
sufficient number of these events to make it clear ComEd was not an isolated or atypical 
situation (U.S. DOE, 2000). 

Perhaps more significantly, the level of reliability-related problems on U.S. systems had 
been growing for several years prior to 1999. Based on analysis of industry survey data, the 
author first noticed the trend in 1994. While at that time there were few widespread 
customer outage events, throughout the 1990s there was a growing “background noise 
level” of operating emergencies, equipment overloads, and frequent if small customer 
interruptions on many utility systems which fully met traditional N - X criteria. Even 
without the major events cataloged in the DOE report (Table 23.2) the industry’s record of 
customer service quality was falling in many regards prior to 1999. 


Limitations of N - 1 Methodology 


This section will summarize the limitations that an (N - X)-designed power system can 
encounter when applied at modern (high) utilization factors and with lean margins. Of 
necessity, in order to fit within the space available in this book, this chapter’s discussion is 
somewhat shortened and contains certain simplifications with respect to a “real power 
system.” This abridging has been made in order to shorten the discussion without ruining 
the applicability of the lesson, so to speak. Therefore, it makes the following “assumptions” 
or simplifications with respect to the system being discussed as an example here: 

All equipment of a specific type will be of the same capacity; e.g., all substation 

transformers are the same capacity. 


All equipment is loaded to the same peak level, that being the average utilization 
ratio for the system at peak. 


All equipment units of any one type (e.g., all substation transformers) have the 
same failure rate. 


The reader familiar with power systems will recognize these as great simplifications of 
the many details that complicate power system planning and reliability engineering. 
However, real-world variations from these assumptions do nothing to change the 
phenomena that will be discussed in the next few pages nor to dilute the conclusions that 
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will be reached. In fact they slightly exacerbate them: those complexities generally worsen 
the problems explained here in subtle but complicated ways. 


Overall Summary of the Problem 


N - | methods and the N - | criteria assure power system planners and engineers that there 
is some feasible way to back up every unit in the system, should it fail. However, they make 
no assessment of any of the following: 


How likely is it that such backup will be needed? If it is not rare — if it is routinely 
needed — the backup’s failure rate might be something that needs to be considered. 


How reasonable is the feasible plan for each contingency situation; is the planner 
actually building a “house of cards” by expecting “too many things to go right” 
once the one thing has gone wrong? 


How much stress might the system be under during such contingency situations, and 
what are the long-term implications for both equipment life and operating policy? 


How often will conditions occur that go beyond the criteria, failure patterns which 
cannot be backed up (e.g., multiple failures), and how bad could the situation 
become when that is the case? 


The N - X criterion assures only that there is some way to back up every unit in the 
system. It does not guarantee any specific level of operating reliability. Generally, when the 
criterion was applied with about 30%-25% capacity margin, it led to satisfactory operation. 
But “unacceptable” events are much more likely to happen in modern power systems than 
they were in traditional, regulated power systems, due to changes in utilization and design 
made in the period 1990-2000, even if these systems meet N — X criteria. The next few 
pages will gradually build up to the “contingency neighborhood’’ perspective on this 
problem. The reader who believes he or she has sufficient background can skip directly to 
“Looking at N - 1’s Limitations” later in this chapter. 


Utilization Ratio Sensitivity 


The major culprit that led to problems that “N - 1 could not see” was an increase in the 
typical equipment utilization ratio used throughout the industry. When it is raised, as it was 
during the 1980s and 1990s, an N - 1 compliant system which previously gave good 
service, may no longer give satisfactory reliability of service, even if it continues to meet the 
N - 1 criterion. 


Modern power planners need to understand that high utilization rates are 
not, in and of themselves, a cause of poor reliability. Certainly, if utilization 
ratio is pushed too high in any power system, problems will develop. But 
some power systems, particularly if designed properly, can tolerate high 
loading levels well. Others can’t. N - X methods cannot always recognize 
the weaknesses in such systems. 


There is nothing inherently wrong with this trend to higher loading levels. In fact it is 
desirable because it seeks to make the utility financially efficient, which is potentially 
beneficial to both stockholders and customers. A power system that operates at 83% or 90% 
or even 100% utilization of equipment at peak can be designed to operate reliably, but 
something beyond N - 1 methodology is required to assure that it will provide good 
customer service reliability. 
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N - 1 is a necessary but not a sufficient criterion 


Due to the success that N - 1 methods had throughout the 1960s, 70s, and 80s, producing 
power system designs that provided good reliability of service, most power system planners 
and most electric utilities treated the N - | criteria as necessary and sufficient. Design a 
system to meet this criterion and it was, by definition, reliable. But at higher utilization 
factors, while an N - 1 criterion is still a necessary criterion, it alone is not sufficient to 
assure good quality of service. The reasons for this change in reliability as a function of 
utilization ratio are far subtler than is typically recognized. This section will review the 
limitations that N - 1 has when applied to high-utilization-ratio systems and explain what 
happens and why. The author wants to make clear that he definitely is not labeling high 
utilization ratios as the cause of all the industry’s problems. Rather, it is the incompatibility 
between the traditional N - 1 criterion and the way these systems operate that creates 
problems. 


Traditional utilization levels 


In the 1960s through early 1980s, electric utilities typically loaded key equipment such as 
substation power transformers and downtown sub-transmission cables to only about 2/3 or a 
little more of their capacity, even during peak periods. The remaining capacity was kept as 
an “operating reserve’ or “contingency margin.” Engineers and planners at distribution 
utilities designed their power systems using the N - 1 and other criteria, while counting on 
this margin. 

In such systems, when a transformer or line failed, it required one neighboring 
transformer of equal capacity, perhaps already loaded to up to 66%, to be available to pick 
up its load. Depending on how close the system was to peak demand at the time of the 
outage, this unit might have to accept as much as 133% of its normal load (its normal 66% 
of rating and its neighbor’s 66%, too). Such overloading was tolerable for brief period. 
Power equipment can be run above rating for brief periods without significant damage, if 
this is not done too often 

And in fact it was unlikely that the loading would be as high as 133%, because that 
would only occur if the outage occurred during a peak load period. Only when loading was 
above 75% that of peak demand would overloads occur (75% x 66% = 50%, so at any load 
level below 75% of peak, one transformer can handle the load of two without going over 


3 


Load - Percent of Peak Demand 
ra 


0 #760 
Hours Per Year Load Level is Exceeded 


Figure 23.2 Annual load duration curve for a utility system. Risk periods for high contingency 
loading of a traditional power system occurs only 10% of the time (shaded area). See text for details. 
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Table 23.3 Design Loading Guidelines for Normal and Contingency Loading 


Average maximum peak load as planned, under normal conditions, as a percent 


of nameplate thermal rating. Percent of Nameplate 

1998 1988 1979 1970 
Among utilities with > 1,000,000 customers 85 75 70 64 
Among utilities with 500,000 and 1,000,000 85 75 70 65 
Among utilities with < 500,000 customers 75 70 70 65 
In rural areas 70 65 65 62 
In suburban areas 85 80 75 67 
In urban areas 90 82 DD dz 


Maximum planned peak load expected under contingency conditions (at least 
four hours duration) Percent of Nameplate 

1998 1988 1979 1970 
Among utilities with > 1,000,000 customers 145 140 135 133 
Among utilities with 500,000 and 1,000,000 140 135 130 127 
Among utilities with < 500,000 customers 135 130 130 127 


100% of its rating). In the system whose load duration curve is shown in (a 


typical US utility system), such load levels occur only 10% of the year. As a result, it was 
(and still is) very likely that when equipment failures occur, they will occur at some time 
when loading is not near peak and hence stress on the equipment picking up the outaged 
units load is not unduly high. 


Higher utilization rates 


Beginning in the 1980s and increasingly in the 1990s, utilities pushed equipment utilization 
upwards to where in some systems the average substation transformer was loaded to 83% of 
its rating during peak periods. In aging areas of some power systems, where facility and 
ROW constraints are tight, utilization rates can average close to 100% under “normal” peak 
conditions. Table 23.3 shows industry averages obtained for a comprehensive survey of 
loading practices across the industry.’ 

The engineers in charge of these higher-utilization-rate power systems knew, and in fact 
planned for, their system to accommodate these higher utilization rates in several ways. To 
begin, these higher utilization rates required considerable augmentation of system 
configuration and switching. In a system loaded to an average of only 66% at peak, each 
transformer and line required one neighboring unit to “stand by” to pick up its outage. This 
meant, for example, that in each two-transformer substation, there had to be buswork and 
switchgear (breakers, switches) configured so that if one of the units failed, the other could 
automatically pick up its load. Alternately, the load at the substation had to be partially 
transferred to neighboring substations (onto their transformers) through the feeder system, 


! From Electric Power Distribution Practices and Performance in North America - 1998 (“The 
Benchmark Report” by H. L. Willis and J. J. Burke, ABB Power T&D Company, Raleigh, NC). 
“Design loading” as used here, refers to the peak load on a transformer, above which it is considered 
so highly loaded that it should be upgraded in capacity, or load transferred elsewhere. “Emergency 
rating” refers to the maximum load permitted on the substation during an equipment outage or 
excessive load contingency. 
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as discussed later in this chapter. Usually, some combination of stronger substation and sub- 
transmission-level buswork and switching flexibility and increased reliance on feeder-level 
transfers was used. 

Those plans for these higher-utilization systems were created using N - 1 methods, 
which “took into account” those higher utilization rates in their analysis. These N - 1 
analysis applications assured that there was a way to back up every unit in the system, 
should it fail. The system plans developed as a result fully met the full N - 1 criterion 
everywhere, and N - 2 criteria in critical places, even though they were operating at these 
higher utilization rates. Thus, these systems did have well-engineered contingency 
capability. The equipment was there and it would, and did, work as intended. Any problems 
lay elsewhere. 


Looking at N - 1’s Limitations 


In order to understand the potential weakness of the N - 1 criterion, it is important to first 
understand that a power system that meets the N - 1 criterion can and routinely does 
operate with more than one unit of equipment out of service. Consider a power system that 
has 10,000 elements in it, each with an outage expectation of .16% — a value lower than one 
would ever expect on a real power system. One can expect that, on average, about 16 
elements will be out at any one time. Yet the system will usually continue to operate 
without problems. The reason is that the N - | criterion has guaranteed that there is a 
backup for every one of these failed units, as shown in|Figure 23.3} The system will fail to 
serve its entire load only if two of these multiple outages occur among neighboring 
equipment, for example, if a transformer and the transformer designated to back it up both 
fail at the same time, as shown in|Figure 23.4| If a unit and its backup are both out, then, 
and only then, will a service interruption occur. 


Contingency support neighborhood 


“Neighboring equipment” as used in the paragraph above means “equipment in the vicinity 
of a unit that is part of the contingency support for its outage.” This can be more accurately 
described as its contingency support neighborhood: the portion of the system that includes 
all equipment that is part of the planned contingency support for a unit’s outage. For a 
substation power transformer, this might include at least one neighboring transformer 
(usually at the same substation) which would provide capacity margin during its outage, 
along with portions of the high-side and low-side buswork and switchgear, which would 
operate in a non-standard configuration during its outage. 

[Figure 23.5] shows this concept, showing several “contingency support neighborhoods” 
as in the example system used in Figures 23.3 and 23.4. This is simplified, but illustrates 
what happens in real systems: here every unit is the same size, and contingency support is 
always grouped exclusively in sets of neighbors. Actual design is more complicated, but the 
complications do not make any substantial difference to this discussion. 

Problems in this N - 1 system that lead to customer outages occur only when two or 
more equipment units fail simultaneously within one contingency support neighborhood. 
Such a “double failure” does not have to be among just the unit and its like-type of support 
unit, i.e., the failure of both transformers at a two-transformer substation. Failures of one 
transformer and a line, a breaker, or a bus needed to support the contingency re- 
configuration of the system to support its outage can also lead to a failure to maintain 
service. Still, such occurrences are very rare. While there are perhaps 10 to 15 units out of 
service in a system of 10,000 elements, it is most likely that they are scattered singly 
throughout the system. The likelihood that two are concentrated in one minute 
neighborhood is remote. 
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Figure 23.3 One-line diagram for a small part of a large power system. Four equipment outages are 
shown, indicated by an X, two transformers, one high-side bus, and one sub-transmission line. Each 
outaged unit has a neighboring unit (shaded) that has picked up its load: the N - ! criterion assured 
that this was the case. The system continues to operate smoothly because no two of the outages occur 
close enough to one another. 


Figure 23.4 One set of dual failures in the same contingency support neighborhood, as illustrated 
here with the failure of two neighboring transformers (each was the designated backup for the other), 
will lead to interruption of service to consumers. Here, the shaded circle indicates the rough area of 
the system that would be without power. 
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Traditionally loaded power systems have “small” 
contingency support neighborhoods 


In traditional power delivery systems, those whose utilization ratio for power transformers 
and sub-transmission lines was nominally targeted to be about 66% of equipment rating 
during normal (design) peak conditions, the contingency support neighborhood for any unit 
of equipment was small. As discussed earlier, every unit in the system needed one backup 
unit of like size. A 32 MVA transformer would be loaded to 22.5 MVA (66%) at peak. If it 
failed, its partner at a substation, also already serving 21 MVA, would pick up its load too, 
briefly running at 133% (45 MVA) loading so that all demand was served. Therefore, the 
contingency support neighborhood for both units was a small locality that included the 
other transformer and the various switchgear and buswork needed to connect the two to the 
other’s load during a contingency. 


Systems with high utilization rates have “large” 
contingency support neighborhoods 


Suppose that the area of the power system being considered has 88.5% loadings on all 
transformers, instead of 66%. In that case, when any transformer fails, and if the utility is to 
keep within a 133% overload limit, a failed unit’s load has to be spread over two 
neighboring transformers, not just one. The size of the “contingency support neighborhood” 
for each unit in the system has increased by a factor of fifty percent. Previously it included 
one neighboring transformer, now it includes two. 

More importantly, the probability that an outage will occur among the designated 
support units for each transformer is double what it was in the system loaded to only 66%. 
Previously, whenever a transformer failed, there was only one unit whose failure stood in 
the way of good service. Now, if either of its two designated support units fails, an 
interruption of service to the utility’s customers will occur: two possible failures, each as 
likely to occur as the one failure that could have taken out the 66% loading system 

Thus, in a system where utilization rate has been pushed upward, every contingency 
support neighborhood is proportionally larger and thus a greater target for trouble to occur: 
There is more exposure to “simultaneous outages.” In a system loaded to 66%, there is 
only one major target. Failure to serve the load occurs only if a unit of equipment and one 
specific neighbor designated as its contingency support are both out of service. In a system 
or area of a system loaded to 88.5%, it occurs if a unit and either one of two neighbors is 
out. In an area of a system loaded to over 100% (as some aging areas are) it occurs 
whenever the unit and any one of three designated neighbors is out (Figure 23.6} 

Basically, the whole problem boils down to this: the contingency support neighborhoods 
are larger. But there are still “N - 1” neighborhoods: each can tolerate only one equipment 
outage and still fully meet their required ability to serve demand. A second outage will very 
likely lead to interruption of service to some customers. In these larger neighborhoods, 
there are more targets for that second outage to hit. “Trouble” that leads to an inability to 
serve customer demand is more likely to occur. The analysis below estimates the relative 
likelihood that this occurs in example systems loaded to different levels. A system as 
discussed earlier, with “10,000 major elements.” might contain 1,200 substation 
transformers. Assuming that the outage rate for them is .25%, this means: 


1. In a 66% utilization system, there are 600 two-transformer contingency support 
neighborhoods. Failure to serve the load occurs only if both transformers of this 
pair fail. That is: 


Failure probability = .0025” 
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= .000625 
Hours per year = .000625 x 8760 hours/year x 600 pairs 
= 32.9 hours/year. 


2. In an 88.5% utilization system, with three-transformer contingency support 
neighborhoods, failure to serve the load occurs only if all three or any two 
transformers of this triplet fail. Over the whole system, annually, that is 


Failure probability = .0025° + 3(.00257(1 - .0025)) 

.00001871872 

Hours per year = 00001871872 x 8760 hours x 400 triplets 
= 65.6 hours/year. 


WW 


3. In a 100% utilization system, with four-transformer contingency support 
neighborhoods, failure to serve the load occurs if all four, any three, or any two 
transformers of this triplet fail. Over the whole system, annually, that is 


Failure probability = .0025* + 4(.0025°(1 - .0025)) + 6(.00257(1 - .0025)° 
= 000037375 

Hours per year = .000037375 x 8760 hours x 300 quadrals 
= 98.22 hours/year 


By comparison to a traditionally loaded system, a power system at a higher utilization 
rate is two to three times as likely to experience a situation where a pattern of equipment 
outages fall outside of the N - | criterion, for example, one of the “N - 2” situations that 
might lead to an interruption of load. Systems run at higher equipment utilization rates are 
more likely to experience events that could put them in jeopardy of being unable to serve all 
customer loads. N - 1 analysis does not measure or evaluate this in any manner. The N - 1 
criterion assures planners and engineers that a feasible way to handle every equipment 
outage has been provided. It does nothing to address how often situations outside of that 
context — i.e., those that will lead to unacceptable service quality — might occur. 


High Utilization Coupled with Aging System Equipment 
Leads to Greatly Increased Service Problems 


Chapters 7|and [8] discussed the effect that aging has on equipment failure rates. In aging 


areas of a power system, the failure rate for equipment is three to five times that of normal 
areas of the system. Coupled with the high utilization rates common in these aging areas, 
the result is a ten to one or slightly worse incidence of customer service interruptions due to 
equipment outages. Quite typically, utilization rates for major equipment like power 
transformers and entire substations are usually above system averages for the class of 
equipment in aging infrastructure areas of the system. This is because typically these are the 
areas where room for new or expanded facilities is hard to find, very expensive to build, 
and difficult to permit, and where slow load growth has led to stress on existing equipment 
and facilities. A system where the average has gone from 66% to 88.5% may have seen 
only a modest increase in the utilization rate for equipment in newer areas of the system, 
while increases in aging areas make up for those below-average statistics. Thus, the aging 
part of the system has much higher utilization than other parts. Its customer service 
problems stand out both because of the higher failure rate in this area and the higher 
likelihood that outages lead to customer interruptions. As a result aging areas often have a 
customer interruption rate up to twelve times that of newer areas of the system. 
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Figure 23.5 Every unit in the system has a “contingency support neighborhood” that includes al] the 
equipment that provides contingency support for the unit. Shown here are two transformers (shaded) 
along with their neighborhoods (circled). Equipment in a neighborhood provides contingency margin 
(capacity) as well as connectivity flexibility (switching, flow capability) during the outage of that unit. 


Figure 23.6 At 100% loading, each transformer from Figure 23.5 needs three nearby units to cover its 
load, expanding the “contingency support neighborhood” involved. See text for details. 
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increased High-Stress Levels and Periods 


The situation is slightly worse than the perspective developed above when one looks at the 
stress put on the system’s equipment, and the portion of the year that the system is likely to 
see high- and medium-stress events due to equipment outages. 

In a 66% utilization system, every transformer is paired with one other: whenever the 
unit it is backing up fails, it must support the load of two transformers. Given the 
transformer failure rate of .0025%, this means each transformer can expect to have its 
partner our of service and thus be in this “contingency support mode” about 22 hours (.0025 
x 8760 hours) per year. Given that the system is at peak demand about 10% of the time, this 
means that a transformer can expect about two hours of severe loading time per year. 

When utilization ratio is 88.5%, each transformer is partnered with two other units: 
failure of either one will put it in a contingency support mode. Thus, neglecting the slight 
amount of time when both its partners are out of service (and thus customer service is 
interrupted), the amount of time it can expect to be in this mode is twice what it was in the 
66.5% system, or about 44 hours, 4.4 of them high stress. Similarly, at 100% utilization, 
each transformer will see about 66 contingency support and 6.6 high-stress hour periods per 
year. Stress put on system equipment is much higher in high utilization systems. 


“Low Standards” Operating Hours Are Increased 


It is also worth considering that criteria for acceptable ranges on loading, voltage regulation, 
and other operating factors are often set to wider ranges during contingency situations. 
Since the amount of time that the system spends in these “higher stress times” is greater in 
any system with high utilization rates, this means that the distribution system spends more 
time in “sub-standard” (outside of guidelines) situations — twice as much if the utilization 
rate is 88.5%, three times as much if utilization is 100%. 


The Result: Lack of Dependability as Sole Planning Tools 


The limitations discussed above can be partly accommodated by modifications to the 
traditional approaches and changes in N - | criteria application. But the overall result is that 
resource requirements (both human and computer) rise dramatically, and the methods 
become both unwieldy and more sensitive to assumptions and other limitations not covered 
here. The bottom line is that N - | and N - 2 contingency-enumeration methods were, and 
still are, sound engineering methods, but ones with a high sensitivity to planning and 
operating conditions that are more common today than in the mid-1960s when these 
methods came into prominence as design tools. 

These limitations reduce the dependability of N - 1 analysis and the use of N - l asa 
reliability criterion as a definition of design sufficiency in power system reliability 
engineering. illustrates this with an example taken from a large utility system in 
the Midwestern U.S. Traditional N - 1 analysis determines that a power system operating at 
an average 83% utilization factor can serve a certain peak load level while meeting N - 1 
criteria (defined as sufficient reliability). Basically, the “rectangular” profile on the diagram 
given by N - | analysis indicated that the system passed N - | criteria everywhere, and N - 2 
criteria at a set of selected critical points, while the demand was set to that of projected 
design levels for system peak load.” 


* 'N - I analysis does not determine an actual estimated reliability value, but in this case subsequent 
analysis showed that a valid N - 1 criterion was equivalent to about 30 minutes SAIDI, and that value 
is used here as the target reliability figure. 
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Figure 23.7 Contingency-based analysis (solid lines) may determine that a power system can sustain 
its peak load (10,350 MW) while meeting N - 1 everywhere and N - 2 criteria in selected places, 
meaning it met roughly a 30 minute SAIDI capability at the low side bus level of the power delivery 
system. Actual capability of the system shows a rounded corner to the load vs. reliability of service 
capabilities of the system. It is capable of delivering only 9,850 MW with the required 30 minute 
SAIDI. If expected to serve a peak load of 10,350 MW, it has an expected SAIDI of four times the 
target, 120 minutes per year. 


By contrast, an analysis of the system’s capability using a reliability computation 
method that does not start out with an assumed “everything in service” normalcy base, 
which accommodates analysis of partial failures of tap changers, and which accommodated 
some (but not all) uncertainties in loads and operating conditions determined the profile 
shown by the dotted line. At high loading levels (those near peak load), the system is 
incapable of providing the reliability required — the rectangular profile is actually rounded 
off. The system can provide the peak load but with much less reliability than expected. 


Other Planning-Related Concerns 
Partial failures 


Traditional N - 1 contingency planning methods use “zero-one” enumeration of failures. In 


the contingency case analysis method (Figure 23.1), every unit of equipment and every line 
in the system is modeled as completely in service or completely out of service. But modern 
power systems often encounter partial failures: 


A transformer may be in service but its tap changer has been diagnosed 
as problematic and is locked in one position, limiting system operation. 


An oil-filled UG cable’s pumps are disabled and the cable has been de- 
rated, but is still in service. 


Concerns about a ground that failed tests have dictated opening a bus 
tiebreaker to balance fault duties. 
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At the loading levels that traditionally existed, those typical of utilities when 
contingency analysis was first developed, such partial equipment failures seldom led to 
serious operating limitations and were safely ignored while the contingency analysis still 
remained valid. In systems operating at higher loading levels, partial failures cause 
problems under less extreme situations, and often cannot be ignored for reliability planning. 
For example, a power transformer loaded to 85% at peak, whose tap changer is locked into 
one position, is subject to voltage regulation problems that can easily reduce its ability to 
handle load by close to 15% in some situations.» The contingency margin (100% capacity 
minus 85% capacity used) that the typical N - 1 method assumes may be nonexistent. 


Connectivity sensitivity 


As mentioned earlier, success in handling a contingency depends on the power system in 
the “neighborhood of contingency support” around the fatled unit being connected in such a 
way that the neighboring units can provide the support while still meeting all electrical 
standards and satisfying all operational requirements. At higher equipment utilization rates, 
this neighborhood is generally larger everywhere within the power system. 

This greater size is not, per se, the cause of problems for traditional N - | analysis. 
Standard contingency-based analysis and the engineering methods that accompany it can 
fully accommodate the detailed electrical and capacity analysis of any and all contingency 
support neighborhoods, regardless of their sizes. 

But each of these wider contingency neighborhoods involves more equipment and 
interconnections. Thus, accurate modeling is sensitive to more assumptions about the exact 
amount and location of loads in the surrounding areas of the system and the way the system 
operator has chosen to run the system at that moment and myriad other details about 
operating status. There are more assumptions involved in accurately depicting the status of 
each of the N components’ contingency support neighborhoods. 

And the analysis of each of these N contingency support neighborhoods is more 
sensitive to these assumptions. The range of uncertainty in many of these factors about 
future area loads and operating conditions is + 5% to +10%. Such ranges of uncertainty are 
not critical in the N - 1 contingency analysis of a system operating at 66% utilization. The 
available contingency margin (33%) is considerably larger than that range. But when 
operating at 90% utilization, the uncertainty ranges of various factors involved often equal 
the assumed contingency support capacity, and there is a larger neighborhood, within which 
it is more likely something will be different than assumed in the N - 1 analysis. 


Load forecasting errors 


A projection of future need is the first step in power delivery planning. The forecast of 
future peak load defines requirements for the capability of the system, and starts the process 
of evaluating alternatives for feasibility, value, and cost. It defines the constraints for 
selecting the alternative which best meets those requirements. Poor load forecasting has 
been a contributor to a significant number of aging infrastructure system problems around 
the nation — in the author’s experience roughly half. Two areas of forecasting deserve 
special attention. 


3 Loss of its load tap changer does not cause any lowering of the transformer’ s capability to carry load. 
However, flow through it is now subject to variation in voltage drop — higher flows result in higher 
voltage drops. It may be unable to do its job within the electrical confines of its interconnection to 
other parts of the network, due to this voltage drop, which may limit it to partial loading only. 
“Ignoring” this and accepting the higher voltage drop during a contingency would lead to problems of 
another type (unacceptably low service voltages or higher demands on other transformers). 
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Weather normalization 


Peak demand levels depend very much on the peak seasonal weather. In summer, the hotter 
the weather, the higher the demand. In winter, colder weather increases demand levels. 
Therefore, a projection of electric demand can, and should, include an assessment of the 
impact of temperature on demand. For example, Figure 23.8 shows the peak demand vs. 
peak temperature relationship for a small municipal electric system. The peak demand is: 


Summer Peak Load (MW) = 495 MW + (T - 57) x 12.5 MW (23.1) 
Winter Peak Load (MW) = 495 MW + (57 - T) x 8.2 MW (23.2) 


Recommended practice for electric load forecasting is to adjust historical weather data to a 
standard set of weather conditions to which the system design is targeted, then to project 
future demands under this same constant weather criteria for all planning purposes. In this 
way all weather data and forecasts are based on comparable situations: increases or 
decreases due to “real” reasons versus those due to variations in weather are 
distinguishable. Similarly, all planning should target a specific “design weather standard.” 
The forecast load, which defines requirements for the system plan, should be adjusted to 
this weather criterion. Essentially the system is being designed to serve peak demand for 
weather this extreme, but not worse. Weather conditions (and peak loads) that exceed those 
conditions are treated as contingencies, just like other contingencies. 

What temperature should planners select for this standard weather condition? 
Temperatures vary from year to year. Setting the design conditions at the mean, or most 
expected temperature, means that the forecast loads will be exceeded, and the system’s 
capability exceeded by the demand, roughly every other year. On the other hand, it isn’t 
cost-effective to install equipment to handle the worst possible weather conditions: "the 
heat storm of the century," etc. Generally, the recommended practice is to define a set of 


“design weather conditions” “extreme enough” to be rare but not so extreme as to be totally 


Peak Load During Day - MW 


0 10 20 3 40 50 60 70 80 9% 100 
Maximum One Hour Temperature During Day 


Figure 23.8 Peak daily loads and temperatures are related with a “jackknife” function (solid line). 
Shown is peak daily load versus peak daily temperature for all Tuesdays in a year (several Tuesdays 
thought non-representative because they were holidays or similar special events were left out of the 
analysis). Only Tuesdays are used in order to reduce the effects that different weekday activity 
patterns may have on load variation. From Spatial Electric Load Forecasting, Second Edition, 
published by Marcel Dekker, Chapters 5 and 6. 
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unexpected. Situations and needs vary, but a reasonable criterion is "design weather 
conditions are defined so that they will be exceeded no more than once every ten years.” 
See Chapters 5 and 6 of (2002) for a discussion of both the techniques used to 
determine such adjustments and for recommendations on what constitutes “extreme-enough 
weather.” 


Impact of mistakes in weather normalization 
on customer service reliability 


The weather normalization method used in planning and the design weather targets set for 
the system are among the easiest matters for “rationalization” when efforts are being made 
to cut costs. For example, if planners re-set their design weather conditions from a criterion 
of once in ten years to once in five, or lower the forecast target in some other manner, the 
budget requirements that flow out of their system planning process will fall. As an example, 
the utility whose load is diagrammed in|Figure 23.8] has an annual growth rate of nearly 
1.0%. Summer peak demand sensitivity is 1.25%/degree F. Reducing the design weather 
target by one degree Fahrenheit, about the equivalent of going from once-in-ten to once-in- 
five years, will reduce the load growth forecast for a four year period to that forecast over 
five years. Assuming for the sake of this analysis that budget directly corresponds to 
amount of growth, that means it results in an annual budget reduction of 25% over the next 
four years. For this reason, a number of utilities succumbed to the temptation to change 
weather normalization too much. 


Weather normalization that targets a “too 


average” weather condition puts the power 
system in high-stress situations too often. 


A low load forecast results in several detrimental impacts. First, it generally leads to a 
situation where the system is serving more load than intended. Usually, this does not create 
severe problems when all equipment is functioning, although it does age equipment 
somewhat faster than expected (accelerated loss of life). One can view operation at loads 
above design conditions as a contingency. Poor load forecasts used in the planning or 
operation of a power delivery system effectively “use up” its contingency capability (Willis 
and Powell, 1985). Poor normalization of weather data for forecasting or poor spatial 
forecasting (poor correlation of loads with areas and equipment) results in deterioration of a 
system’s contingency withstand capability. This greatly exacerbates the reliability-of- 
service problems discussed up to this point in this book. 

Equally important, and far less frequently recognized as a key impact of poor 
forecasting, the system serving a load above that for which it was designed will operate for 
many more hours of the year in a state where service quality is at jeopardy if complete or 
partial failures occur, or if “things don’t go exactly right.” Figure 239compae the annual 
load duration curves for an “average year” as used in design of the system and 1999 (a one- 
in-ten year extreme) for a large investor-owned utility in the central U.S. The difference in 
peak demand between an average year and an extreme year is 4.4%. However, as shown, 
not only peak load changes, but annua! load factor. The period of time when the system is 
above 75% of peak (defined as “high stress” earlier in this chapter) increases by 28%. As a 
result SAIDI increases significantly. 


Spatial forecasting 


A great deal of power delivery planning is about where equipment and facilities should be 
placed. It does little good to add substation capacity in the wrong substation area or to 
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bolster feeder capacity in the wrong feeder area. A spatial forecast is typically used to 
associate electric load growth with location, so that planners know both where and how 
much load growth to anticipate.|Figure 23.10|displays a long-term spatial forecast. 

A number of methods are in use for spatial forecasting, from simple trending methods 
(extrapolation of weather-adjusted substation and feeder peak load histories) to quite 
comprehensive simulations involving analysis and projection of changes in zoning, 
economic development, land-use, and customer end usage of electricity. Results vary 
greatly depending on method and resources used, but engineering methods exist to both 
determine the most appropriate methods and forecast characteristics needed for any utility 
application, and to evaluate the efficacy of a forecast. The most important factor is that a 
utility employs some legitimate means of studying and projecting load on a detailed enough 
locational basis to support its planning needs. 

Traditionally, good spatial forecasting required both considerable labor and above- 
average engineering skills and was considered a “high-expertise” function within state of 
the art distribution planning methods. The best traditional methods worked very well but 
had rather high labor and skill costs methods (Willis and Northcote-Green, 1983; Engel et 
al., 1996). Many utilities cut back on both the quality of the technique used and the effort 
devoted to data collection and forecasting study when they downsized professional staffs 
during the 1990s. Table 23.4 illustrates the reduction in the number of utilities using the 
best class (simulation-based) spatial forecast methodology, but does not reflect reductions 
in the data or time put into the forecasting effort. As a result, at a time when spatial 
forecasting needs are at an all time high (see below), the quality of local area forecasting 
done at many utilities deteriorated sharply. Load forecasting problems related to local area 
forecasting were identified as a major contributing problem in six of the events (Table 23.2) 
investigated by DOE’s P.O.S.T. report. 

In the very late 1990s, new forecasting methods were developed that reduce labor and 
skill requirements considerably, but these have limited availability and are not widely used 
(Brown et al., 1999). However, methods that can provide the information needed within 
reasonable labor and skill limits are available to the industry. 


Impact of spatial forecast errors on reliability 


In some manner, every T&D plan includes a spatial forecast for the total load growth 
allocated in some manner among the various parts of the system. Classically, the viewpoint 
on forecast sensitivity of T&D systems has been that if the spatial element of the forecast is 


Table 23.4 Percent of Utilities in North America Using Some Type of Formally 
Recognized Spatial or Smali Area Load Forecasting Method by Year 


2002 1992 1982 


Among utilities with > 1,000,000 customers 90 WZ 40 
Among utilities with 500,000-1,000,000 customers 50 67 33 
Among utilities < 500,000 customers 15 15 5 
Among utilities with annual customer growth > 3% 90+ 82 50 
Among utilities with annual customer growth of 1.5% - 3% 50 67 33 
Among utilities with annual customer growth < 1.5% 12 10 10 
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Figure 23.9 When load exceeds forecast, it usually does so not only during peak periods but also for 
an entire season (summer, winter). Shown above are 1998 forecast vs. actual annual load duration 
curves for a utility in the midwest US. Peak load was about 3.3% higher due to a hot summer, but the 
period of high stress for the system was 30% more for the entire year. The system operated in high- 
stress modes for more than twice as many hours during the summer as expected in a mean year. 
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Figure 23.10 Maps of peak annual demand for electricity in a major American city, showing the 
expected growth in demand during a 20 year period. Growth in some parts of the urban core increases 
considerably, but in addition, electric load spreads into currently vacant areas as new suburbs are built 
to accommodate an expanded population. Forecasts like this, done for two, four, and similar peniods 
out to twenty years, set the requirements for both short- and long-range power delivery system 
planning. 
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done poorly, the result is a very poor use of capital. A projection of the wrong locations for 
future load growth identifies incorrectly those portions of the system that need to be 
reinforced. Capital additions are made less effectively than possible. 

But in addition, a large effect of poor spatial forecasting is a loss of contingency 
capability. Normally a power system designed based upon a mildly incorrect spatial 
forecast (i.e., one pattern of “where load is”) will suffer from less than the planned 
contingency withstanding capability (i.e., provide less reliability in service) than expected. 
It will operate well enough during times when “everything is going well” but suffer from 
problems that are both more serious and take longer to fix than expected during 
contingencies. Essentially the poor forecast “uses up” the contingency capability built into 
the system (Willis and Tram, 1984). 

Systems with high utilization ratios are more sensitive to this degradation of 
contingency planning due to spatial forecasting errors. Although subtle, the effect is best 
described this way: The contingency neighborhoods described earlier increase in size as a 
result of the higher utilization ratios used (Figures 23.5] and[23.6). While it may seem that 
this makes the planning less in need of detailed spatial forecasts (there are fewer “units” — 
contingency support neighborhoods — and they are on average far larger), the opposite is 
true. Contingency capability is very sensitive to the allocation of load within each support 
neighborhood. The analysis given earlier assumed the load in each neighborhood was 
evenly split among units in that group: if it is even slightly unbalanced, the system’s 
contingency capability is greatly degraded. The forecast of where load is within each 
contingency support neighborhood is critical, so that proper, operationally efficient 
allocation of loads to equipment can be arranged. One sure sign of poor spatial forecasting 
(and planning) and a system with less contingency withstand capability than it could have is 
that considerable operational adjustment to loading patterns (load balancing) has been done 
by altering switching and feeder loading. Again, as with poor weather normalization, this 
“uses up” the contingency capability of the system, something in very short supply in aging 
areas of the system. SAIDI increases. 


Interconnection complexity 


In the slightly simplified power systems used as examples earlier in this chapter, the small 
contingency support neighborhoods needed at 66% loading required interconnection with 
only two neighboring units to assure success without overload during N - 1 conditions. But 
at higher utilization ratios, contingency support neighborhoods grew in size and number of 
mutually supporting components. Interconnection of more equipment, into a scheme where 
it could support one another during contingencies, was necessary for success of the 
contingency plans. 

In aging areas or where for other reasons planners and engineers have accepted near 
100% utilization of equipment, there is a requirement for an even stronger and more 
widespread interconnection. Everywhere in a high-utilization system, each of its N units 
must have a strong-enough electrical tie to a wider neighborhood of equipment around it to 
support its outage. 


At higher equipment utilization rates, the importance 
of configuration and operating flexibility in the design 
of the system becomes more critical to reliability. 


Traditional contingency-based study methods can deal with the analysis of these issues 
relating to the wider neighborhood of support around every one of the N units in the system 
and its great complexity. They can determine if the required number of neighbors are there, 
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if they have enough margin of capacity to accept the load without overloads, and if the 
system’s electrical configuration makes it possible for them to pick up the demand that was 
being served by the failed unit. Basically, N - 1 methods can and will determine if the 
failure of each unit in the system is “covered” by some plausible means to handle its failure 
and still provide service. 

Again, N - 1 methods do not work with probabilities nor determine the system’s 
sensitivity to multiple failures, so they cannot determine the failure sensitivity or failure 
likelihood of these complicated interconnected schemes. At higher utilization ratios, 
complexity of the contingency backup cases has increased. Determining if a particular 
contingency backup plan is really feasible, if it is really connected with sufficient strength 
to survive the likely failure states, or if it depends on too much equipment operating in 
exactly the wrong way, are issues that N - 1 methods do not fully address. Configuration 
needs to be studied from a probabilistic basis — is this entire scheme of rollover and re- 
switching likely to really solve the problem? 


High Utilization Rates Do Not Necessarily Imply Poor Reliability 


A point the author wants to stress again is that high equipment utilization is not the cause of 
poor reliability in aging infrastructure areas of a power system. It is possible to design and 
operate power systems that have very high (e.g., 100%) utilization factors and provide very 
high levels of service reliability. This is accomplished by designing a system with the 
configuration to spread contingency burden among multiple equipment units, with the 
flexibility to react to multiple contingencies, and that can apply capacity well in all the 
situations most likely to develop. Such designs require detailed analysis of capacity, 
configuration, configuration flexibility, failure probabilities, and the interaction of all these 
variables. 

This does not mean that every power system should be built with high equipment 
utilization. The author is not “taking sides” on the issue of utilization rate, because there is 
no single answer. Equipment utilization is only one factor in the design of a power system. 
In some cases, the best way to “buy” reliability along with satisfactory electrical (power 
flow) performance is to use capacity — to build a system with low utilization ratios. But in 
other cases, particularly where the cost of capacity is very high (as it is in many aging 
infrastructure areas), good performance comes from using the equipment to its utmost. 
Achieving high reliability of service even in these situations where equipment is highly 
stressed and contingency margins are small or non-existent requires using configuration and 
interconnection flexibility in an artful manner. 

The key point is that traditional planning tools are incompatible with these needs. They 
cannot provide dependable analysis of nor serve as good guides for such engineering. They 
lead to designs with necessary and sufficient qualities for good reliability only if the 
Capacity margin is used to purchase reliability. They do not identify weak points in a system 
nor provide an indication of how and where solutions to these problems may be pursued 
through changes in the design of the system. Traditional planning tools are partly 
undependable for planning reliability in aging infrastructure and other “high stress” areas 
of a power system. 


23.3 ENGINEERING RELIABILITY DIRECTLY 


Figure 23.11) shows a screen from a computer program that can simultaneously assess 
voltage behavior, reliability, or cost of an arbitrary distribution system design input by the 


user. The reliability analysis is what is often termed a “reliability load flow” in the sense 
that it computes, in the same manner as a load flow, voltages and currents at every point in 
the system. 
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This particular program (and most like it) bases its computations on an arc-node 
structure model of the system, very similar in concept, construction, and data to that used in 
a standard load flow program. By using failure rate data on system components, the 
program’s algorithm can compute the expected number of outages that occur and the 
expected total minutes of outage, annually, at each node in the network. From these results, 
indices such as SAID], SAIFI, CAIDI and CAIFI, or other reliability indices can be 
computed for the entire system and any part of it. 


The particular computer program and method whose screen display is illustrated in 
Figure 23.11] has several characteristics that are important to practical application: 
Its model of the system itself (the circuit database) is in a standard load 


flow format compatible with most power system modeling. The circuit 
model it uses is therefore “easy to get.” 


It assesses through its computations the simultaneous impact of 
equipment failure rates 
equipment capacity limitations 
configuration and switching 

on the interconnected system’s ability to satisfy 8760 hour demand. 


It models dynamic changes associated with a contingency, such as line 
down, a breaker trips, a rollover switch operates, service is restored, a 
line crew repairs the damaged line section, configuration is returned to 
normal. 


It is self-calibrating. Given historical data on outage rates by portion of 
the system, it computes the failure rates for equipment in each area until 
its depiction of the base system’s reliability performance matches 
historical reality. 


It has a very large system capability, being able to analyze a distribution 
system composed of hundreds of thousands of nodes. 


It is relatively easy to use (graphic user interface). 


The results from this analysis, if performed with a good method and used well, are as 
dependable from an engineering standpoint as those obtained from a competent and well- 
applied load flow application. No one pretends that the results of either a load flow or a 
reliability assessment program are exactly accurate. In a load flow, actual loads are never 
known precisely, and line and equipment impedances are approximate within a small range. 
In a reliability analysis, failure rates are not known precisely. Generally, the reliability 
assessment has a better base of customer data than a load flow. It uses customer count data 
at the “load end” of the model (information that can be accurately determined) not kW load 
data (which are most typically estimates based on kWh sales). 

But this whole issue is not a problem when using the best reliability assessment models, 
because they calibrate their data representations to actual historical results. Once the model 
for an existing system has been constructed, computed reliability performance may not 
match historical reliability performance. Any mismatch is corrected by adjusting default 
component parameters until model results match historical results. This process is often 
done by trial and error, but rigorous methods also exist. 
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Figure 23.11 Screen display of results from a “reliability load flow” analysis of a distribution system 
in and around a small city. This type of analysis is the basic tool of good, dependable reliability-based 
planning for a power distribution system. Actual screen display is in color with color indicating level 
of SAIDI expected by location. See text for details. 


Table 23.5 Reliability of Typical Types of Distribution System Components 


Equipment Failure Rate Per Year Mean Time To Repair 
Type Low Typical High Low ‘Typical High 
Overhead Lines (per mile) 

Primary Trunk 0.020 0.100 0.300 2.0 4.0 8.0 

Lateral Tap 0.020 0.160 0.300 2.0 4.0 8.0 

Secondary & Service Drop 0.020 0.088 0.030 1.5 2.3 8.0 
Underground Cable 

Primary Cable 0.003 0.070 0.100 20 10.0 30 

Secondary Cable 0.005 0.100 0.150 2.5 10.0 30 
Pole Mounted Transformer 0.004 0.010 0.015 3.0 4.0 10.0 
Disconnect Switch 0.014 1.0 1.5 4.0 
Fuse Cutout 0.5 1.5 4.0 
Line Recloser 3.0 4.0 10.0 
Shunt Capacitor 0.5 1.5 4.0 
Voltage Regulator 3.0 4.0 10.0 
Elbows & Connectors 6e-5 0.0006 0.001 1.0 4.5 8.0 
Cable Splices and Joints 6e-5 0.03 0.159 0.5 Zs 8.0 
Padmount Transformers 0.001 0.010 0.049 4.0 6.5 7.8 
Padmount Switches 0.001 0.003 0.005 0.8 25 5.0 
Distributed Generators 0.280 0.333 2.000 2.0 4.0 24.0 
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Required component reliability data is not difficult to obtain 


One of the primary concerns power system planners have with the use of a reliability-based 
engineering method is the data requirement. Such methods need data on the failure rates of 
various types of equipment and repair and switching times for various situations. Generally, 
these data are available by culling through utility operating records. However, several 
sources of generic reliability data are available. These include default data obtained from 
industry standards (for example, Institute of Electrical and Electronics Engineers, 
International Conference on Large High Voltage Electric Systems), publications (such as 
books, journals, conference papers), and tests or surveys conducted by manufacturers. This 
information provides a good first guess and prepares the model to be calibrated against 
historical data. lists typical values of failure rates for most common types of 
power system equipment. 

As mentioned above, the best reliability-assessment programs have a self-calibrating 
feature: they “fit” their reliability analysis results to actual historical outage rates. Thus, lack 
of exact system data matters not at all. These methods start with “generic” failure rate data 
in internal tables and make various adjustments and re-computations of what failure rates in 
an area must be based on the historical data. Self-calibration is the best way to assure that a 
reliability assessment model is accurate. 


Results are useful even with only generic data 


It is important to realize that a reliability-assessment method can help utility planning 
engineers improve the reliability performance of their system even if it is using approximate 
failure rate data. Most of the important decisions that are made with respect to reliability 
have to do with configuration, installation and location of protective and sectionalizing 
equipment, and switching. Even approximate data, used in accurate analysis of these issues, 
provides guidance on the wisdom of various decisions. Improvement can be made using 
only approximate (generic) failure rate and repair-time data. 


Using a Reliability Load Fiow 


Planning engineers use a reliability assessment program in much the same manner that they 
use a load flow to design the feeder system. They begin with performance targets — voltages 
and loadings with certain limits — for load flow planning, reliability within a certain range 
for reliability engineering. They then enter into the program a candidate system model, a 
data representation of the system as it is or as they propose to build it. 

The computer analysis then determines the expected performance of the system as 
represented to it. In a load flow, computing the expected voltages, flows, and power 
delivery at every point in the system does this. In a reliability assessment, computing the 
expected frequency and duration of outages at every point in the system does this. 

The results are displayed for the user, usually graphically in a way that quickly 
communicates problems (results that are unacceptably out-of-range). 

The planning engineers review the results. If they are less than desirable, they make 
changes to the system model, using the results as a guide to where improvements or 
changes should be made. The model is re-run in this manner until a satisfactory result is 
obtained. 


Root cause and sensitivity analysis 


Planning engineers have several powerful tools they can use to augment their judgement 
and experience in determining what changes should be made to their candidate design in 
order to improve reliability results. These are root-cause analysis and sensitivity analysis. 
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A root-cause analysis determines the contribution of each component to poor reliability. 
For example, if reliability is measured using SAIDI, a root-cause analysis will identify the 
components that have the highest impact on SAIDI and the components that are having a 
low impact on SAIDI. The author’s particular program ranks all equipment in the system by 
its contribution to SAIDI. Results can be displayed graphically to quickly identify problem 
areas of the system. 

In addition to knowing the contribution each component makes to the overall poor 
reliability of the system, it is desirable to know the impact that improving component 
reliability or design would have on the system’s reliability. Will a change make a 
difference? For example, what would be the impact of reducing overhead line failures, 
reducing transformer failures, or reducing cable repair time? A sensitivity analysis can be 
used to answer such questions. 

This simple procedure adjusts a component parameter (such as its failure rate) by a 
small amount and records the corresponding change in system reliability. 


Engineering the design improvements 


In determining how to improve system performance, planning engineers focus on 
equipment or areas of the system that score high in terms of both root cause (they create a 
lot of the problems) and sensitivity (changes will make a difference on reliability). After a 
system has been modeled, calibrated, and examined with root-cause and sensitivity 
analyses, potential design improvements can be identified and modeled. The focus should 
be on critical components — those with both high root cause scores and high sensitivity 
scores. 


23.4 ANALYTICAL DISTRIBUTION SYSTEM RELIABILITY ASSESSMENT 


Power distribution reliability can be designed just like any other aspect of performance — 
voltage profile, loading. Doing so in a dependable and efficient manner requires an 
engineering planning method that can simulate how any particular distribution design will 
perform in terms of reliability of service. The system reliability will be as targeted by the 
planners, and the effort exerted does not require special skills or undue levels of effort. 

Several suitable analytical methods for this type of engineering exist. In the same 
manner that a power flow model can predict the electrical behavior of a distribution system 
(such as currents and voltages), a computer program called a reliability assessment model, 
based on one of these methods, can predict the expected reliability performance of any 
particular distribution system. As reliability becomes more important to electric utilities and 
electricity consumers, these reliability assessment models will equal or surpass power flow 
models in importance and usage. Reliability models allow distribution engineers to 


Design new systems to meet explicit reliability targets 

Identify reliability problems on existing systems 

Test the effectiveness of reliability improvement projects 
Determine the reliability impact of system expansion 

Design systems that can offer different levels of reliability 
Design systems that are best suited for performance based rates 


Distribution system reliability assessment is a rapidly developing field. Some of the first 
work on computer programs for this was done at Westinghouse Advanced Systems 
Technology, Pittsburgh, in the late 1970s. One of the first commercial distribution system 
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reliability analysis programs, PREL, came from that group in 1981. This software was 
mainframe based and not widely adopted, largely because utilities in the 1980s did not 
put the heavy emphasis on reliability as they would 20 years later. 

Increasing sensitivity of customer loads and impending deregulation led several 
utilities to develop their own distribution reliability assessment capabilities in the early 
and mid-1990s. Demand for distribution reliability assessment software is continuing to 
grow and commercial packages are now available from several major vendors. Electric 
utilities that desire to apply such methods have no problem finding several suitable 
packages from which to choose. 


Methodologies for Distribution System Reliability Analysis 


Reliability assessment models work from an arc-node type database, very similar to that 
used in a distribution load flow program. Unlike a load flow, which uses data on each 
element to compute the interconnected flow of power through the system to the customer 
locations, the reliability assessment program uses data on each element to compute the 
interconnected reliability of service to the customer locations. 

There are four common methodologies used for distribution reliability assessment: 
network modeling, Markov modeling, analytical simulation, and Monte Carlo simulation. 
These differ in their basis — in what they use as the foundation for their analysis of 
reliability. Each uses a difference approach to determining the reliability of the system. A 
brief description of each is provided below. 


Network modeling 


Network modeling is based on the topology of the system, which it translates from a 
physical network into a reliability network based on serial and parallel component 
connections. Serial components have additive failure rates and each one can disable the 
entire chain. Parallel components have redundancy (up to a point corresponding to 
capacity) and can cover outages of other parallel pathways. 

Network modeling basically takes the system topology and translates it into a 
“formula” of serial and parallel reliability characteristics, which it then uses to compute 
the reliability of the system performance. In computer models this formula is a table- 
driven set of equation coefficients that implements a reliability computation. This 
computation computes the likelihood that a continuous interconnection between a source 
and the demand point remains in operation. 

Network modeling is simple and straightforward to implement, and produces good 
results at a basic evaluation of reliability. A major disadvantage for distribution system 
analysis is that dynamic functions, such as switching or sequential system responses to 
contingencies, are outside of its context. Its formula applies to a basic topology; anything 
such as switch operation that changes the topology cannot be modeled. As such, it is not 
as widely used as other methods. 


Markov modeling 


Markov modeling is a powerful method for assessment of reliability, as well as for 
simulation of many other apparently random multi-state processes (such as wind and solar 
availability for renewable energy systems). Markov modeling is based on analyzing the 
states that a system could be in: states can be such things as “everything operating 
normally” or “component one has failed” or “component two has failed,” etc. It focuses, 
though, on analyzing the transitions between these states: it analyzes the likelihood that the 
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system can move from the condition “everything is operating normally” to “component one 
has failed,” as well as under what conditions and how long it takes to transition back. 

Every condition, or state, that the system could be in is identified and enumerated. The 
analytical method focuses on computing the back and forth transitions between one state 
and another. It models the conditions and likelihood of these transitions, thereby mapping 
the amount of time that the system spends in each state. If one state is “everything operating 
normally” and others represent one failure model or another, then the model can be used to 
analyze reliability-of-service and its causes. 

Markov modeling is excellent for representing systems where details of the transition 
between states are known or are important. For example, planners may want to study how 
different repair and replacement part policies would impact the availability of a DG unit. 
Having a repairman at the DG site or the parts already there so they do not have to be spent 
for would clearly reduce the time to transition from “broken” to “working.” Markov models 
make it possible to focus in great detail on studying questions about how much such actions 
would impact reliability, because they focus on the mechanism of moving between states, 
not on the states themselves. 

However, Markov models have some disadvantages for power distribution system 
applications. The first is that the states modeled are memory-less (transition out of a state 
cannot depend on how the state was reached). This characteristic requires a type of 
duplication of states when system responses are a function of past events. Thus, if the 
system is in the state “working” because during the “broken” state a spare part was used 
(and as a result there no longer is another spare part at the site), the system cannot model 
this unless a new state is introduced: “working but no spare parts available.” Then 
transitions between this state and “working” need to be established in the model (to 
represent delivery of the new part to the site). In practice, this complicates the application of 
a Markov model when used to analyze a distributed system such as a power distribution 
system. 

The second limitation is computational. The matrix inversion required by Markov 
modeling requires limits to the size of systems that can be represented and/or the 
complexity that can be represented to systems such as a few DG units. It also limits very 
simple distribution systems such as only the substation serving a small industrial site and its 
equipment. 


Analytical simulation 


Analytical simulation models each system contingency, computes the impact of each 
contingency, and weights this impact based on the expected frequency of the contingency. 
At first glance it appears to be very close to a form of contingency planning, as was 
described earlier with regard to N - 1 contingency analysis, except that likelihoods are 
assigned or computed for each contingency case. This is a big difference and not an easy 
one to add to N - 1 analysis methods. Analytical simulation algorithms are built around the 
mechanism that computes the probability of each contingency case, rather than an explicit 
enumeration of contingency states, as in N - | analysis. 

Accurate reliability analysis using analytical simulation means computing the likelihood 
of each contingency based on failure rates and interconnection of equipment. Generally, 
dynamic functions of equipment such as fuses, breakers, rollover switches, etc., have to be 
modeled, too, hence the term “simulation.” A great advantage of this method is that such 
types of dynamic activity can be modeled. 

If the likelihood of each contingency is computed based on a good representation of the 
failure rates and modes that would lead to it, this type of method can accurately model 
complex system behavior and dynamically enumerate each possible system state. 
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Aggregation of system states and their probabilities then permits detailed assessment of 
reliability (all states that lead to success vs. failure). 


Monte Carlo simulation 


Monte Carlo simulation is similar to analytical simulation, but models random 
contingencies based on probabilities of occurrence, rather than expected contingencies. This 
allows component parameters to be modeled with probability distribution functions rather 
than expected values. 

Monte Carlo simulation can model complex system behavior and non-exclusive events, 
and produces a distribution of possible results rather than expected values (Brown et al., 
1997). Disadvantages include computational intensity and imprecision (multiple analyses of 
the same system will produce slightly different answers). Additionally, Monte Carlo 
simulation is not enumerative and may overlook rare but important system states. 

For applications requiring determination of expected values of reliability, analytical 
simulation is the best method for distribution system assessment. It allows distribution 
engineers to quantify system reliability (SAIDI, SAIFI) over an entire system and, for 
individual customer locations, to calibrate models to historical data, to compare design 
alternatives, to perform sensitivity analyses, and to run optimization algorithms to 
maximize the expected results (See Brown et al., 1998-2000). Monte Carlo simulation 
becomes necessary if statistical results other than expected values are required — analysis of 
such things as the distribution of expected SAIDI from year to year. 


23.5 IMPORTANT ASPECTS OF RELIABILITY ASSESSMENT 


An analytical simulation method simulates a contingency, determines the impact of this 
contingency on system reliability, and weights the impact of the contingency by its 
probability of occurrence. This process is repeated for all possible contingencies, and results 
in the information for each component, providing the type of results shown in|Table 23.6] 
and|Figure 23.1 

Simultaneously with the analysis of each contingency and the results it produces, the 
analytical simulation method evaluates the probability of occurrence of this contingency — 
how likely is it to occur? Once all contingencies have been analyzed, their results are 
combined appropriately on a probability-weighted basis to produce aggregate results. In 
distribution system analysis this aggregation of results is based on system topology, keyed 
to adjacent equipment, branches, circuits, etc., as well as the entire system. 


Modeling Each Contingency 


A contingency occurring on a distribution system is followed by a complicated sequence of 
events. Each contingency may impact many different customers in many different ways. In 
general, the same fault will result in momentary interruptions for some customers and 
varying lengths of sustained interruptions for other customers, depending on how the 
system is switched and how long the fault takes to repair. The key to an analytical 
simulation is to accurately model the sequence of events after a contingency to capture the 
different consequences for different customers. A generalized sequence of events as 
modeled by analytical simulation is: 


1. Contingency: A fault occurs on the system. 


2. Reclosing: A reclosing device opens in an attempt to allow the fault to 
clear. If the fault clears, the reclosing device closes and the system is 
restored to normal. 
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Table 23.6 Results Computed by an Analytical Simulation 


e Expected number of momentary interruptions (per year) 

e Expected number of sustained interruptions (per year) 

e Expected number of interrupted hours (per year) 

e Expected number of protection device operations (per year) 


e Expected number of switching operations (per year) 


oy 
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Figure 23.12 Zoom view of |Figure 23.11’s| screen shows expected frequency and duration of 
interruption as a function of location on part of a primary voltage circuit. 
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3. Automatic Sectionalizing: Automatic sectionalizers that see fault current 
attempt to isolate the fault by opening when the system is de-energized by a 
reclosing device. 


4. Lockout: If the fault persists, time overcurrent protection clears the fault. 
Lockout could be the same device that performed the reclosing function, or 
could be a different device that is closer to the fault. 


5. Automated Switching: Automated switches are used to quickly isolate the 
fault and restore power to as many customers as possible. This includes 
both upstream restoration and downstream restoration. In upstream 
restoration, a sectionalizing point upstream from the fault is opened. This 
allows the protection device to reset and for restoration of all customers 
upstream of the sectionalizing point. In downstream restoration, other 
sections that remain de-energized are isolated from the fault by opening 
switches. Customers downstream from these points are restored through 
alternate paths by closing normally open-tie switches. 


6. Manual Switching: Manual switching restores power to customers that 
could not be restored by automated switching (certain customers will not be 
able to be restored by either automated or manual switching). As in 
automated switching, manual switching has both an upstream restoration 
component and a downstream restoration component. 


7. Repair: The fault is repaired and the system is returned to its pre-fault 
state. 


The seven steps outlined above generate a set of system states for each contingency. 
Switches and protection devices being open or closed characterize these states. For each 
state occurring with frequency A and duration 4, the accrued outage frequency of all de- 
energized components are incremented by A (if the component was energized in the 
preceding state) and the accrued outage duration of all de-energized components are 
incremented by A x 6. 

The analytical simulation sequence of events becomes more complicated if operational 
failures are considered. Operational failures occur when a device is supposed to operate, but 
fails to do so. The probability of such an event is termed probability of operational failure, 
POF. Operational failures cause the simulation sequence to split. One path assumes that the 
device fails to operate and has a weight of POF, the other path assumes that _the device 
operates and has a weight of 1 — POF. This path splitting is illustrated in 
which shows the steps required when considering a fuse that is supposed to clear a fault. 

The result of simulation path splitting is an enumerative consideration of all possible 
system responses to each contingency (in the context of operational failures). Enumerative 
consideration is important since some states may be rare, but have a major impact on the 
system when they do occur. During restoration, path splitting associated with the 
enumerative consideration of possible outcomes is important when intended switching fails 
and customers that would otherwise have been restored are not. 
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Figure 23.13 Simulation path splitting due to operational failures. 


Incremental Studies of Improvement 


An analytical simulation will produce identical results if an analysis is performed multiple 
times. In addition, small changes in input data will cause small changes in results (as 
opposed to some other methods). This allows the impact of small reliability improvements 
to be quantified for individual customers and reliability indices by running a series of 
studies of incremental changes in the system design. For example, the planning engineer 
can move the location of a sectionalizer or recloser up and down a feeder 1/8 mile at a time, 
seeing the results in total reliability, and the distribution of reliability results up and down 
the feeder, with each change. This capability also allows input parameters to be perturbed 
and resulting sensitivities to be computed. However, analytical simulation does not allow 
the uncertainty of reliability to be quantified. For example, while it is expected that SAIDI 
might be 2.0 hours per year, there is some probability that next year will just be an “unlucky 
year.” To compute how often such unlucky years could occur, and how extreme SAIDI or 
other factors would be in those years, requires application of Monte Carlo techniques. 


Example Application 


An analytical simulation method was applied to the test system shown in |Figure 23.11], 
which is based on an actual U.S. utility distribution system. The system model contains 3 


voltage levels, 9 substations, more than 480 miles of feeder, and approximately 8000 
system components. The model was first calibrated to historical outage data, then used to 
analyze candidate designs as described above. In addition, the author used an optimization 
module that maximized reliability results vs. cost. The diagram shown in Figure 23.11 was 
originally color coded (not shown here) based on computed outage hours, and shows the 
system plan that resulted from a combination of engineering study and use of optimization. 
Individual component reliability results can be easily used to generate a host of reliability 
indices. For this system, common indices include: 
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MAIFI (Momentary Average Interruption Frequency Index) = 2.03 /yr 
SAIFI (System Average Interruption Frequency Index) = 1.66/yr 
SAIDI (System Average Interruption Duration Index) = 2.81 hr/yr 


Targets for the area were 2.00, 1.75, and 2.9 hours (175 minutes) respectively, thus this 
system essentially meets its target reliability criteria. 


Differentiated Reliability Design 


Realistically, the expected reliability of service over an entire distribution system cannot be 
the same at all points. Distribution systems use transshipment of power through serial sets 
of equipment. Thus there are areas of the system that are more “downstream,” and being 
downstream of more devices and miles of line have somewhat higher exposure to outage. 
[Figure 23.11’s|example demonstrates this. Although SAIDI is 2.81, expected performance 
for the best 5% of customers is 1.0 hours and 4.02 for the worst 5%. 

However, planning engineers can engineer a system to keep the range of variation in 
what customers in one area receive versus customers in another within a reasonable range. 
This involves the selected use of protective equipment such as fuses and breakers, 
sectionalizers, reclosers, and contingency switching plans and, in some cases, distribution 
resources such as on-site generation and energy storage, and demand-side management. 
Artful use of these measures, combined with application of sound distribution layout and 
design principles, should result in a system that provides roughly equitable service quality 
to all customers. 

However, there are situations where a utility may wish to promise higher than standard 
reliability to a specific customer, or to all customers in an area such as a special industrial 
park. These situations, too, can be engineered. In fact, generally it is far easier to engineer 
the reliability of service to a specific location than it is to engineer an entire system to a 
specific target. 


Performance-Based industrial Contracts 


Generally, such situations arise in the negotiation for service to medium and large industrial 
customers. Many of these customers have special requirements that make continuity of 
service a special consideration. All of them pay enough to the utility to demand special 
attention — at least to the point of having the utility sit down with them to discuss what it 
can do in terms of performance and price. 

The actual engineering of the “solution” to an industrial customer’s needs is similar to 
_ that discussed above for systems as a whole. Planning engineers evaluate the expected 
reliability performance of the existing service to the customer, and identify weaknesses in 
that system. Candidate improvement plans are tried in the model and a plan evolves through 
this process until a satisfactory solution is obtained. The system design in Figure 23.11 
includes three such customer locations, as shown in Special attention to 
configuration, fusing and protection coordination on other parts of the circuit, contingency 
(backup) paths, and quick rollover switching provided about 80% of the improvement in 
each case. 

The other 20% came from extending the reliability assessment analysis to the 
customers’ site. In each case, the customer’s substation, all privately owned, was analyzed 
and suggested improvements in equipment or configuration were recommended to the plant 
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Figure 23.14 Service to three industrial customers in the example system were designed to higher- 
than-normal reliability performance targets. 


Table 23.7 Reliability Targets for Three Special Customers 


Customer ‘Industry ~~ Annual‘ Target. ~—=—Acctual 3- Year Operating Avg. 
Type Events Total hours Events Total hours 

All Entire system 1.61 2.81 1.67 2.65 

A Precision metal stamping 33 .02 0 0 

B Synthetic fiber 1. S/event .66 O8S/event 

Cc Carpet manufacture 2 - 33 42 
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engineer. In one case the analysis extended to primary (4 kV) circuits inside the plant. 
gives the results for each. For site A, the target has been exceeded in practice to date 
because there have been no outages in three years of operation. However eventually 
performance will probably average slightly better than the target, no more. 

In the case of site B, the customer’s main concern was that the length of any interruption 
be less than 1/4 hour. Thus, the target is not aimed at total duration time, but on each event, 
something quite easy to engineer. Performance has greatly beaten this target — means to 
assure short outages such as automatic rollover and remote control restore power in much 
less time than required. 

For customer C, any interruption of power resulted in loss of an entire shift’s (eight 
hours’) production. Thus, the major item of interest there was total count of events. Initial 
evaluation showed little likelihood of any interruption lasting that long. Reliability 
engineering focused on frequency only. 

In all three cases, the performance-based contracts call for a price to be paid that can be 
considered a premium service price. It is typical for industrial customers in this class to 
negotiate price and conditions with the utility, but in all three cases the price included an 
identified increment for the improvement in service. Unlike some performance-based rate 
schedules, there is no “reward” or extra payment for good service ~ the premium payment 
is payment for the good service. 

But performance penalties are assessed not on an annual basis depending on annual 
performance, but on an event basis. If reliability of service is perfect, the utility has earned 
all the premium monies paid. Any event (any, not just those exceeding the limits) garners a 
rebate according to a certain formula. For example, customer B receives a $30,000 rebate 
for any interruption of power, but the rebate rises to $300,000 if the interruption lasts more 
than 30 minutes. (Customer B’s average monthly bill is about $175,000). 


23.6 RELIABILITY SIMULATION STUDIES AND 
FINANCIAL RISK ASSESSMENT 


If 100 identical distribution systems are built and operated in the same manner serving 
the same load, the expected reliability of each will be identical. But in any given year, 
some of these systems might be lucky and experience nearly perfect reliability. Others 
‘may experience near expected reliability, and others may be unlucky and experience far 
worse than expected reliability. This variation is natural, and is vital to understand when 
negotiating reliability-based contracts. Such variations in reliability can be examined 
using techniques referred to as risk assessment. A risk assessment model identifies all 
possible outcomes and the Monte Carlo techniques are required. This commonly takes 
the form of a probability of each outcome occurring. When possible, this is done through 
analytical methods such as function convolution. Usually this is not feasible and 
“sequential Monte Carlo simulation,” where small time slices are modeled in succession 
and each component is tested for random failures during each time slice is used. This type 
of simulation is very flexible and can handle complex models, but is computationally 
slow and data intensive. 

Many of the problems associated with a sequential Monte Carlo simulation can be 
overcome if components are assumed to have a constant failure rate over the course of 
one year. This is a reasonable assumption and can be visualized by “bathtub failure rate 
functions.” These functions show that typical electrical components will have a high 
failure rate when they are first installed (due to manufacturing defects, damage during 
shipping, and improper installation). The failure rate will reduce after this “infant 
mortality” period and remain at a fairly constant level over the useful life of the 
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Figure 23.15 The traditional “bathtub” failure rate curve, as discussed in the text. Here, the device 
has a useful lifetime of about 30-35 years. 


component. The failure rate will gradually rise as the equipment wears out at the end of 
its useful life. A bathtub failure rate function is shown in Figure 23.15. 

Components with constant failure rates follow a Poisson process, which permits the 
probability of a component failing a specific number of times in any year to be easily 
computed. If a component has a constant failure rate of A times per year, the probability 
of it failing x times in a year is: 

qe 


Prob. of failing x times = (23.3) 


x! 


If constant failure rates are assumed, the analytical simulation described in the 
previous section can be modified to simulate a random year rather than an expected year. 
This is done by determining the number of times each component will fail a priori. For 
each component, a random number between zero and one is generated. If this number is 
less that e%, no failure will occur in the year being simulated. If the random number is 
greater, the number of times that the component will fail is determined by equation 23.3. 

Once the number of times each component will fail is determined, an analytical 
simulation is performed that substitutes component failure rates with the number of times 
that they will fail in the random year being simulated. Using this process, many years can 
be simulated, a list of outcomes can be recorded, and distribution statistics can be 
computed. This methodology is referred to as an analytical/Monte Carlo hybrid 
simulation. This particular hybrid simulation has two desirable features: 


1. It requires no additional data beyond the requirements of an 
analytical model. 


2. If there is confidence in the expected values generated by the 
analytical simulation, and there is confidence that component failure 
rates are constant over a single year; there is equal confidence in the 
results of the analytical/Monte Carlo hybrid simulation. 
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Figure 23.16 SAIDI results for 1000 random years (hr/yr). Bars show a histogram of the expected 
annual results, which, while having a mean of less than 3 hours, have a good probability of being 
over 5 hours. Solid line fits a log-normal curve to the data. 


Analytical/Monte Carlo hybrid simulation is applied to the system being analyzed (i.e., 
the system in[Figure 23.11) by performing 1,000 random simulations on the same system 
that was used to demonstrate the analytical simulation. The results are shown in Figure 
23.16 as both a histogram (the bar chart) and an integral of the histogram (the continuous 
line). The statistical results of the simulation are (in hours per year): mean value = 2.81, 
standard deviation = .79, minimum value = .95, maximum value = 6.37. 

The analytical/Monte Carlo hybrid simulation is computationally intensive, but 
provides statistical results not obtainable by using purely analytical methods. This 
Statistical information is vital when assessing technical and financial risk associated with 
reliability based contracts. The remainder of this chapter demonstrates this by applying 
analytical/Monte Carlo hybrid simulations to distribution systems subject to performance 
based rates. 


Analyzing the risk from performance-based rates 


Deregulated utilities are reducing costs by deferring capital projects, reducing in-house 
expertise, and increasing maintenance intervals. As a direct consequence, the reliability 
on these systems is starting to deteriorate. Since these systems have been designed and 
maintained to high standards, this deterioration does not manifest itself immediately. 
System reliability will seem fine for several years, but will then begin to deteriorate 
rapidly. When reliability problems become evident, utilities often lack the necessary 
resources to address the problem. 

Regulatory agencies are well aware that deregulation might have a negative impact on 
system reliability. In a perfect free market, this would not be a concern. Customers would 
simply select an electricity provider based on a balance between price and reliability. In 
reality, customers are connected to a unique distribution system that largely determines 
system reliability. These customers are captive, and cannot switch distribution systems if 
reliability becomes unacceptable. For this reason, more and more utilities are finding 
themselves subject to performance based rates (PBRs). 

A PBR is a contract that rewards a utility for providing good reliability and/or penalizes 
a utility for providing poor reliability. This can either be at a system level based on 
reliability indices or can be with individual customers. Performance is usually based on 
average customer interruption information. This typically takes the form of the reliability 
indices SAIFI and SAIDI. 
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Figure 23.17 Performance based rate structure for the example in this section. There is no penalty 
or incentive payment for annual SAIDI performance that lies between 2 and 3 hours. Above that 
the utility pays a penalty of $1,666,666 per minute, up to 60 minutes. Similarly, it receives a reward 
of the same magnitude for each minute below the dead zone. 


A common method of implementing a PBR is to have a “dead zone” where neither a 
penalty nor a bonus will be assessed. If reliability is worse than the dead zone boundary, 
a penalty is assessed. Penalties increase as performance worsens and are capped when a 
maximum penalty is reached. Rewards for good reliability can be implemented in a 
similar manner. If reliability is better than the dead zone boundary, a bonus is given. The 
bonus grows as reliability improves and is capped at a maximum value. All PBRs will 
have a penalty structure, and some will have both a penalty structure and a bonus 
structure. A graph of a PBR based on SAIDI is shown in Figure 23.17. 

Most initial PBRs will be negotiated by the utility to be “easy to meet.” This means 
that business as usual will put the utility in the dead zone. This does not mean that a 
utility should do business as usual. It may want to spend less on reliability until marginal 
savings are equal to marginal penalties. Similarly, it may want to spend more money on 
reliability until marginal costs are equal to the marginal rewards. In either case, a utility 
needs a representative reliability assessment and risk model to determine the impact of 
reliability improvement and cost reduction strategies. 

In order to make intelligent decisions about PBRs based on average system reliability, 
a probability distribution of financial outcomes is needed. This requires a PBR structure 
(such as the one shown in Figure 23.17) and a distribution of relevant reliability 
outcomes (like the histogram shown in [Figure 23.16}. It is also desirable to describe the 
reliability histogram with a continuous mathematical function. A good function to use for 
reliability index histograms is the log-normal distribution, represented by f{x): 


_ l _(nx- uy - x20 
r) een 20? I a 


(23.4) 


The parameters in this equation can be determined by a host of curve-fitting methods, 
but a reasonably good fit can be derived directly from the mean and variance. If a mean 
value, x , and a variance are computed, log-normal parameters are: 
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o= qinlvariance+ e2ink )- 2Inx (23.5) 


y=wz-4o? (23.6) 


The log-normal curve corresponding to the test system was shown along with the 
histogram in The curve accurately captures the features of the histogram 
including the mean, median, mode, standard deviation, and shape. 

Assume that a system analyzed earlier, characterized by the reliability shown in 
Figure 23.16, is subject to the PBR formula shown in Figure 23.7 Using these two 
functions, a financial risk analysis can be easily determined. For example, the expected 
penalty will be equal to: 


Penalty = [Pencsauo )* f (SAIDI) dSAIDI (23.7 
0 


The probability of certain financial outcomes can also be computed. For example, the 
probability of landing in the dead zone will be equal to the probability of have a SAIDI 
between 2 hours and 3 hours. This is mathematically represented by: 

3 


% in Dead Zone =100%° [r SAIDI) dSAIDI (23.8) 
2 


The expected outcome of the test system is $14 million in penalties per year. Thus, 
despite the fact that the expected annual SAIDI (2.81 hours) lies in the dead zone (no 
penalty, no reward) the utility will on average have to pay a fine amounting to about 8.4 
minutes per year. Penalties will occur 32% of the time, bonuses will occur 12% of the 
time, and the utility will be in the dead zone 57% of the time. The distribution of all 
possible outcomes and their associated probabilities is shown in 

For a cash-strapped utility, Figure 23.18 represents an unwelcome situation. And it is 
risky, because even though the average penalty of $14 million may be acceptable, that 
outcome will rarely happen. The $14 million average occurs because a penalty of $50 
million or more will occur once every 7 years and the maximum penalty of $100 million 
will occur once every 12 years. Faced with this situation, a utility would be wise to 
negotiate a less risky PBR. Possibilities for adjusting the PBR to mitigate risk include: 


1. Make the reward and penalty slopes less steep. 
2. Widen the dead zone boundaries. 

3. Move the dead zone to the right. 
4. 


Reduce bonus and penalty caps. Each of these options can be 
used alone, or a combination can be negotiated. 


A suggested change to the PBR rules to mitigate the risk for this utility system is 
shown in|Figure 23.19} This change stretches out the bonus and penalty transition zones 
from one hour to two hours. The impact of this changed PBR on the utility’s expected 
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Figure 23.18 Distribution of financial outcomes for the example PBR problem. Although it is 
most likely the penalty/reward is zero (performance lies in the dead zone) the utility has a 
significant probability of getting hit with the maximum penalty (about once in every 12 years), 
while no chance of getting the maximum reward. 
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Figure 23.19 Changed PBR schedule that reduces risk. The schedule has a milder rise in both 
penalty and reward sides, and is a “fair” proposal for the utility to make to regulators because it 
treats both penalty and reward sides equally. 
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Figure 23.20 Financial outcome with the revised PBR formula. The utility’s expected average is 
still a penalty, but only $9 million, an improvement of $5 million. More important, the possibility 
of it being hit with a large (over $50 million) penalty has decreased greatly. 
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financial exposure is shown in[Figure 23.20, On the surface, it may seem like not much has 
changed. Penalties will still occur 32% of the time, bonuses will still occur 12%, but total 
risk is reduced greatly, by $5 million. Utility companies can use predictive reliability 
assessment tools when planning and designing their systems and their responses to 
regulatory rules. This will allow the reliability of existing systems to be assessed, the 
reliability impact of projects to be quantified, and the most cost-effective strategies to be 
implemented. In most cases, an analytical model will be sufficient. This will allow utilities 
to compare the expected performance of various systems and various design options. 
Analytical/Monte Carlo hybrid techniques become necessary when technical and financial 
risk needs to be examined. This chapter has shown methodologies to serve both of these 
need categories. 


23.7 CONCLUSION AND KEY POINTS 


The reliability of service of a power distribution system can be designed to meet specific 
goals with respect to reliability criteria such as SAIDI and SAIFI. It can also be designed 
to minimize financial risk whether that is measured in terms of utility and/or customer 
costs, or includes performance-based rates and contracts as well. Of four possible 
methods, all capable of computing distribution reliability, the author believes the 
analytical simulation method is most applicable to reliability-based planning. 

Analytical simulation computes the expected reliability of each component based on 
system topology and component reliability data. It does so by simulating the system’s 
response to each contingency, determining the impact of this contingency to each 
component, and weighting the impact of each contingency by its probability of 
occurrence. The result for each component is the expected number of momentary 
interruptions per year, the expected number of sustained interruptions per year, and the 
expected number of outage hours per year. Results can be displayed in tables, visualized 
spatially, or aggregated into reliability indices. 

To assess technical and financial risk, the analytical simulation method is expanded to 
an analytical/Monte Carlo hybrid simulation. Such a method assumes that component 
failure rates are constant over a specific year and models many random years rather than 
a single expected year. The result is a probability distribution of possible results that can 
be used to obtain information such as variance, median, modality, shape, and extremes. It 
also allows rigorous risk analyses to be performed on various types of performance-based 
rates and customer contracts. 

After negotiating a performance-based rate, a distribution utility will find itself in a 
radically new paradigm. An explicit dollar value has been placed on reliability, and 
systems can be designed to balance the cost of reliability with the cost of infrastructure. If 
reliability measures are based on indices such as SAIFI and SAIDI, it may be beneficial 
to the utility to allow the reliability of a few customers in areas where it would be 
expensive to “fix” problems to decline to levels far below average. At the same time, it 
will be improving reliability in “easy to work” areas to far above average. This “gaming” 
of the regulatory performance requirement will be viewed as unacceptable by most 
commissions, sparking more complicated PBR formulas and regulations designed to 
prevent such situations. Ironically, “deregulation” may therefore result in regulation of a 
previously unregulated area of performance. 

Regardless, the key point of this chapter is that reliability can be engineered. High 
reliability can be achieved even in situations where equipment is highly stressed and 
contingency margins are small, but it requires using configuration and interconnection 
_ flexibility in an artful and well-engineered manner. 
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Figure 23.8 One-Page Summary of Chapter 23 


Reliability analysis requires some “system” considerations. While analysis of 
voltage, current, power factor, and loading can be done on a circuit by circuit basis, 
analysis of the expected reliability requires assessment of the feeders on the “other 
side” of open tie switches and thus involves evaluation of a part of the system. 


Modern emphasis on reliability has developed due to the increasing importance of 
continuity of service to all energy consumers, driven by technology which permits it to 
be measured and managed directly. 


The widespread use of digital equipment is overstated as the reason for increasing 
emphasis on reliability. While it has caused some shift in greater emphasis on 
frequency of interruptions, if the whole world were “analog,” electric reliability would 
still have grown in importance in much the same manner as it has. 


Reliability planning, no matter how it is done, works best with and when addressing 
customer-interruption related measures like SAIFI and SAIDI. Designing or planning 
with system related metrics such as availability rates or forced outage rates is not as 
effective. 


Contingency-based planning methods design the system so that it can do its job even 
if any major element has failed. These methods were often referred to as “N — 1” 
methods, because a system with N units of equipment was designed so it would 
operate without any one (the “minus one”). 


A number of utilities have failed to meet customer needs even though their systems 
fully meet N - 1, N - 2, and even N - 3 criteria in places. These systems experienced 
widespread and sometimes frequent interruptions of service to energy consumers. 


High equipment utilization ratios in a power system do not necessarily lead to 
reliability problems but they mean that potential reliability problems may not be 
“seen” by N - i and N - 2 contingency planning methods, due their inability to fathom 
all simultaneity issues regarding failures. 


Reliability-based analysis evaluates the likelihood that a particular power system will 
fail to meet customer demand, whether due to an N - 1 or multiple failures. 


Calibration adjusts a predictive reliability model so that it correctly “predicts” past 
events on the system and is the only way to assure the model is truly representative of 
actual behavior. 


Calibration, which involves the comparison of “as modeled” to “as actually 
operated,” often uncovers anomalies or patterns in operating data that were previous 
not seen. 


Most predictive reliability analysis methods compute, for every node in the system, 
the expected frequency and duration of outages under some specific set of future 
conditions. 


Reliability-based analysis, if performed with a sound method and used well, is as 
dependable from an engineering standpoint as a well-applied load flow is for voltage 
and loading engineering. 


Sound application and attention to detail and data are more important in reliability- 
based planning than having an advanced analysis method. 


Both technical and business planning are done with predictive reliability tools. 
Although planners often think of them as good system planning tools, they are 
equally useful for evaluation of asset management strategies, how a utility deals 


with PBR rules, and for analysis of reliability-related or value-based tariffs. 
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It is important that planners focus on using and “thinking” with a customer-oriented 
reliability metric. All that really counts is the reliability of service the customer sees, not 
reliability as measured on the power system itself. Reliability-based engineering should 
target customer-level reliability performance like SAIFI and SAIDI. Planners can use the 
concept of differentiated reliability where necessary to best meet customer reliability 
needs and price sensitivity. Premium areas (higher reliability and price) are specific high- 
target areas within that concept. 

The single most important recommendation is that planners adopt a formal reliability 
analysis method that has a rigorous analytical base — no rules of thumb, no heuristics, no 
half-measures. The method does not need to include advanced features or use very 
complicated computations or simulation, but it must legitimately and correctly compute 
the basic expectations of reliability — frequency and duration. It is of little value unless it 
can fully anticipate the changes in reliability that the switching, backup, and 
sectionalization — the tools planners can use to improve reliability — will make on a 
circuit(s). 

Planners can use such a method to plan reliability in much the way they have for 
decades assured adequate voltage — by performing predictive studies, identifying 
deficiencies, and then engineering solutions to those deficiencies, working until the 
analysis shows the deficiency has been “fixed.” 

In addition, planners should anticipate that they and their reliability analysis tools will 
be eventually put in harness for financial and risk planning, using a method appropriate to 
the evaluation of the probability distribution of expected results to determine the business as 
well as the technical impacts of system reliability. 
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Automated Planning 
Tools and Methods 


24.1 INTRODUCTION 


Decision support tools help utility planners select from among the available alternatives for 
the future distribution system layout, expansion scheduling, and operation. Unlike 
performance simulators (Chapters 22 and|23), which are used to predict the performance of 
a particular system design, decision support tools are used to help identify which one, out of 
all possible designs, should be selected. Decision support tools, implemented as computer 
programs, have two related but separate advantages. First, they are automated, performing 
some planning functions automatically, reducing effort required, and improving consistency 


and documentability. Second, they can apply optimization — formal methods to find the best 
plan — not just the a good plan. 


Identification, Evaluation, and Selection 


Planning consists of three functional steps: identifying alternatives; evaluating them against 
criteria and desired attributes; and selecting the best alternative (see |Chapter 26). These 


steps can be particularly difficult and “messy” when applied to distribution systems, which 
are highly interconnected and integrated: the various decisions about equipment selection, 
siting, sizing, and line routing throughout the distribution system are interrelated, and each 
must be made with consideration of how it will affect the others. 

In addition, most distribution planning decisions involve numerous criteria and perhaps 
multiple attributes (Chapters 20|and{2 1p. As a result, planners routinely deal with problems 
in which there are millions of alternatives, each of which must be evaluated on the basis of 
a dozen or more criteria as well as for initial and long-term costs. 

While judgment and experience can help, evaluation of so many alternatives pertaining 
to so many characteristics is a tedious and lengthy process, very time consuming and 
expensive, and prone to error or omission if done manually. Numerous computerized tools 
are available to help planners automate and streamline this process. They also standardize 
the planning process and aid in documenting justification of the resulting plans. 

This chapter begins with a tutorial discussion of optimization methods in section 24.2, 
which avoids lengthy examination of optimization algorithms or mathematics, focusing 
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instead on issues related to selection of a method for planning and its application. Section 
24.3 looks at feeder and feeder system optimization — tools to assist in determining the 
layout of distribution circuits. Section 24.4 focuses on strategic planning tools — substation 
siting and distribution system design aids. Section 24.5 looks at the application of 
optimization-based tools, and section 24.6 concludes with key recommendations for their 
use. 


24.2 FAST WAYS TO FIND GOOD ALTERNATIVES 


Optimization methods are numerical or non-numerical procedures (algorithms) that 
essentially replicate the three functional steps involved in planning. Effectively, a good 
optimization method identifies all the alternatives or options for solving a problem, 
evaluates them on an equal basis, and selects the best one. The simplest optimization 
approach is the exhaustive search method — a computer program cycles through all 
alternatives, evaluating each. When done it will have found the best design. 

Exhaustive search is easy to program and apply, but even given the quite impressive 
computation speed of the many modern computers, it is often far too slow to be practical for 
some types of problems. For example, the problem of determining the lowest cost routes, 
conductor sizes, and connection of segments for three feeders serving 1,000 service 
transformers will have about | billion possible alternative layouts, of which perhaps 10 
million are feasible (all nodes are electrically connected, the layout is radial, the alternative 
doesn’t violate any rules about layout). Assuming that the exhaustive search program has 
been written to be “smart,” it would check if an option violates any of the feasibility rules 
before doing a full evaluation performance and cost. If feasibility checking takes one 
microsecond, and full evaluation one millisecond, per alternative, then exhaustive search in 
this example would take 11,000 seconds to solve — over three hours. 

Practical optimization approaches use some type of mathematical and/or logical 
procedure to reduce the search process in some way. The best of them can yield spectacular 
results — the fastest commercial feeder-circuit optimization method the author has seen can 
solve the 1,000 load point feeder problem given above in under one second on a personal 
computer (2 GHz Intel processor). 

There are many different types of fast search procedures (optimization algorithms). 
Most require using certain approximations (often an assumption of linearity) in the 
representation of the distribution system interrelationships, or can be applied only when 
certain relationships are about the problem being solved. Thus, nearly every type of 
optimization method is limited in its application and suitable to only certain types of 
problems. 


Complicated Mathematics but Simple Concepts 


Most optimization algorithms involve complicated mathematics and logic in _ their 
programming, and the technical papers that describe them invariably are replete with 
lengthy equations, mathematical symbols, and intricate flow diagrams. The complexity 
required in their programming, and their intricate equations, disguise an often overlooked 
fact: optimization methods are always very simple in concept. Nearly every optimization 
method involves the use of what could be termed a “trick” — a clever or imaginative step, or 
a resourceful way of ordering its search process, to greatly shorten the process of searching 
through millions or billions of possible alternatives to find the best. lists several 
types of optimization methods. It is by no means exhaustive. 
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Tradeoffs in Optimization Application 


Usually, the use of an optimization method for distribution planning (or any other purpose, 
for that matter) involves some amount of compromise among conflicting analysis goals. 
There is always a tradeoff between problem size (e.g., the number of feeders or substations 
that can be studied) and computation time. Most optimization methods have exponential 
run-time relationships — double the problem size and computation time increases by a factor 
of four, or even eight or sixteen. In addition, methods that are fast and capable of large 
problems almost invariably purchase that speed by using approximations (usually 
linearization). Those that are precise are slow and limited in their application to one or two 
feeders at a time. 

The important point is not speed, problem size, or accuracy, but whether the 
optimization method, developed appropriately and encapsulated in a good computer 
program, will prove to be a valuable tool. Will it assist the planner in improving planning 
quality and reducing the time required to complete a plan? 


Constraints 


One important quality in determining if an optimization method is appropriate to a problem 
is the types of constraints — limitations and requirements — that it can address. Constraints 
are part of most planning situations — voltage must be above 113 volts, load must not 
exceed capacity rating, configuration must be radial, etc. Optimization methods differ 
greatly in if and how well they address constraints. Some methods can’t respond to 
constraints. Others use approximations. 


Integer versus continuous 


“Integer” optimization methods address planning problems where the choices are restricted 
to a set of discrete values. For example, the substation transformers available to a utility 
may be 7.5, 10, 15, 20, and 24 MVA. An optimization method that can deal directly with 
these discrete sizes, that will pick from only among these sizes, is called an integer method. 
This term does not mean that the sizes or values used must be integers or proportional to 
integers. It simply means the method addresses only a set of discrete sizes. 

By contrast, some optimization methods are continuous methods. They work by 
considering any value within a certain range as permissible. They are appropriate for certain 
types of problems, for example, when determining the optimal voltage target for CVR ona 
feeder where the target voltage could be any value within the range 126 to 113 volts.' 

Integer methods are best applied to planning problems where there are only discrete 
sizes involved, and continuous methods work best where the possible solutions cover all 
values Over a range, but each can and has been applied to the other type of situation. For 
example, some substation planning programs apply a continuous optimization method to 
transformer sizing. It may compute an 8.8 MVA size as optimal, at which point some set of 
rules (“heuristics”) is applied to pick from among the two nearest sizes — 7.5 or 10 MVA. 
Similarly, an integer method could be applied selecting a target voltage by setting it to pick 
half volt increments from 125 to 113 volts. 


' CVR (Conservation Voltage Reduction) is an energy conservation measure mandated by some state 
regulatory commissions. It requires that the utility operate every feeder at the lowest voltage that 
results in satisfactory service quality for all customers. This tends to reduce energy usage, and the 
optimal voltage for a feeder is usually determined by a complex process based on service quality, 
energy use, and feeder modifications. See for a discussion of CVR applications and 
impact on energy use and cost. 
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Table 24.1 Distinctions in Optimization Methods Applied to Distribution Systems 


Adaptive neural nets (ANN) are an application of simultaneous equations or logic sets in a 
certain type of structured format, generally applied as a continuous method. ANNs can be set 
up with a type of feedback that causes them to change their coefficients in response to their 
results, theoretically producing better and better solutions as they are used. Often used in 
forecasting, they have some applications to decision-making. Once a trendy, “flavor of the 
month” algonthm in the academic circles, ANN methods have proven practical more often as 
“situation” pattern recognizers in on-line and state-estimation systems than as planning 
optimization methods. 


Artificial intelligence (A) consists of any of several different non-numerical approaches to 
structuring a set of rules based on human experience and manual approaches to a problem so 
that they are applied in a legitimate way by computer — (heuristics done right, so to speak). 
Integer or contiguous. Linear or non-linear. 


Branch and bound (BB) is an integer optimization approach in which the optimization starts 
out to look explicitly at every alternative — for example, to evaluate possible configurations for 
the layout and sizing of a feeder circuit. As the BB method examines alternatives, it identifies 
characteristics that the optimal solution must have (e.g., the optimal solution will have a feeder 
trunk with conductor larger than 600 MCM conductor). As it identifies these bounds, it uses 
them to delete whole sets of alternatives from its considerations (i.e., don’t look at any 
alternative with less than 795 MCM conductor as the trunk). 


Continuous method: an optimization method that considers all possible values within a range 
as potential solutions, not just a few discrete values (see text). 


Decomposition method: any of several mathematical methods of breaking up a large problem 
ito smaller, related ones, which can be optimized individually. 


Dynamic programming (DP) methods “build” up a complete solution (e.g., a circuit 
configuration) a stage at a time, with a series approach in which part of the problem is 
optimized in isolation, then another part is evaluated, etc., until the entire problem has been 
studied and an “optimum found.” The name “programming” doesn’t refer to computer 
programming, but to scheduling (an alternative meaning of “programming”’). DP applicability 
to a problem depends on whether it can be broken apart into a series of stages or steps which 
can be optimized serially, in a way that the stage N can be optimized after stages 1 through 
N - | have been optimized, its optimization not affecting the conditions that led to the optimal 
solution in stages 1 through N - 1. Integer or continuous, linear or non-linear, it does not handle 
constraints well. 


Exhaustive search is a “brute force” optimization technique that simply examines every 
alternative to find the best one. Reliable, robust, but slow on all but problems of limited scope. 
Modern computers are fast enough that exhaustive search is a practical method for many 
smaller applications and “auxiliary optimization features.” They can be developed as either 
integer or continuous format, addressing either linear or non-linear problems. 


Expert system: an Al approach based upon the use of a set of expert rules. Sometimes these 
are called “rule based systems” or “knowledge frameworks.” 


Genetic algorithms (GA) are non-numerical, integer methods. They use a long binary string to 
represent possible alternatives, and modify the string values to try to produce a better solution. 
For example, a string of two hundred Os and Is could be used to represent the switching 
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selections for two hundred switches in a feeder system (open = 0, closed = 1). The genetic 
algorithm randomly alters the 1s and Os to try to find a good solution. Among good solutions it 
develops, it combines features, trying to come up with better features. GAs are “Monte Carlo” 
optimization methods. They are easy to program, robust, flexible, and reasonably fast. They do 
no provide any assurance that the best solution will always be found. 


Greedy search algorithm is a type of search algorithm that seeks to maximize the total 
aggregate (sum, product) of the objective function over a region, ie., it does not seek one 
optimum point as much as a maximum area region. Since formulae and restructuring of a 
problem can translate area in one domain to points in another, there is little effective difference 
in results from any other search method. The term refers to mechanisms that search based on 
the area within a region they have selected rather than the value of a specific points they have 
found. This has some advantages when optimizing with volatile data. 


Heuristic algorithms are methods based on how the programmer would solve the problem if it 
would be done manually (see text). They can be set up as integer or continuous and linear or 
non-linear analysis. In general, they are not rigorous and are undependable as planning tools. 


Integer method (IP): an optimization method that considers only certain discrete values as 
possible solutions (see text). 


Linear programming (LP) is a method for solving a problem in which all relationships are 
linear. In such cases, mathematical theorems can prove that the optimum solution will be 
among a small subset of all possibilities (vertices of the solution space) which can be found and 
checked quickly. LP methods can usually address constraints fairly well, but all relationships 
being considered must have linear coefficients. They work best with continuous problems, and 
not so well on integer problems. 


Mixed integer method: an optimization method that can handle multifaceted problems in 
which some aspects of the alternatives are integer and other aspects are continuous. 


Optimal power flows (OPF) are not an optimization algorithm per se, but an application using 
any one of several optimization algorithms to a load flow, which, while solving for voltages and 
flows throughout, can also adjust real and reactive output of generators, WAR and regulator 
switching to identify the operating configuration that will minimize some attribute of operations 
(usually losses). 


Rule-based system: an expert system. 


Simulated annealing method (SA): as a molten metal cools in a mold, it hardens in a way that 
minimizes internal stresses. A mathematical model of this cooling minimization process can be 
used to represent some varieties of non-linear, mixed-integer problems. 


Trans-shipment method: an optimization approach that uses the fact that power can be “trans- 
shipped” — moved from one node through another node on its way to a third — in the 
optimization. Applicable to distribution since this is, in fact, how power is distributed. 


Unconstrained optimization method: an algorithm or procedure that cannot handle 
constraints imposed on the definition of an acceptable alternative. 
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An optimization method that can address a problem where simultaneous selection must 
be made from alternatives that both have integer and continuous features is called a mixed 
integer method. 


Linear versus non-linear 


Many of the fastest and most dependable optimization methods are linear methods: they 
apply only to situations or problems where the relationships being analyzed are linear (e.g., 
zero capacity costs zero; twice as much capacity costs twice as much, etc.). Distribution 
planning problems (as well as most problems where optimization methods are used) rarely 
involve linear relationships. Despite this, linear methods are often applied because they are 
fast, they can handle larger problems than non-linear methods, and they are easier to use. A 
planning problem is “linearized” in some fashion (Figure 24.1) usually creating a small 
approximation, which is judged acceptable in order to gain the speed and ease of use of a 
linear over a non-linear method. Piecewise linear methods represent non-linear 
relationships with a series of short straight-line segments. 


1.2) 1.2 1443 
at 4 oa 
1. 1. ae 
3 2 
6 8 5 8 
27 —E ? 
“” “ 336 
$ & < & 
3 aro 
8s & 5 
= = 
a 4 a A 
3 3 
2 2 
1 1 
is] Q 
© 4123 4 5 6 7 8 ¥ 10 12 14 16 18 20 22 014123 4 § 6 7 & 8 10 12 14 16 18 20 22 
Peak Load - MW Peak Load - MW 
1.2 1.2 
V4 1.1 
1. t. 
3 3 
& 8 5 8 
Es? — 7 
Sd “ 
3 6 . & 
a eT 
a o 
oO o 5 
za zo 
3 a3 
2 2 
| 1 
10) 0 
0123 4 5 & 7 8 &Y 106 12 14 16 18 26 22 ot 23 4 5 & F¥ 8 § 10 12 14 16 18 20 22 
Peak Load - MW Peak Load - MW 


Figure 24.1 Linearization increases both analysis speed and the problem size that can be studied, but 
may affect accuracy. Feeder conductor selection economics can be linearized (A). Altemately, a fixed- 
cost linear method may be used (B) or a fixed-cost piece-wise linear method (C), either of which will 
take longer to solve. Slowest of all to solve, but most accurate, is a fixed-cost non-linear cost-capacity 
representation (D). 
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Fixed costs 


In many planning situations, the capacity cost function does not have a Y-intercept of zero. 
There is a fixed cost for “zero capacity” (such as for duct banks in UG systems). Some 
optimization methods (B, C, D in Figure 24. I) are capable of dealing with such fixed costs 
much better than others. Fixed cost optimization techniques often use mixed integer 
algorithms. 


Trans-shipment 


Trans-shipment means moving a resource (e.g., power) to an intermediate location on its 
way to its final destination. For example, a food distributor might move loaves of bread 
from its factory to several local warehouses before re-loading it on local delivery vans for 
transportation to its grocery stores. Moving large quantities in common for much of their 
journey permits a savings in economy of scale. 

From the standpoint of optimization and cost reduction, the fact that there is an 
intermediate stop in the transportation of the product is almost irrelevant. What is important 
about “trans-shipment” is that for part of their journey resources going to many destinations 
were moved as a group, producing a savings due to a larger economy of scale. Most 
distribution systems work in this manner — the flow on any large segment consists of power 
heading to many different nodes farther downstream. 

Some optimization algorithms cannot deal efficiently with situations where resources 
going to many final destinations can be added together for part of their journey and 
separated at other parts. They cannot simultaneously recognize the resources they are 
optimizing (loaves of bread, power) as single quantities assigned to individual destinations 
and as members of large groups. Methods that can make this distinction are often structured 
so that they depend on a trans-shipment algorithm structure (program flow), being built 
around the trans-shipment routing structure of circuits (or roads to grocery stores, etc.). 
These are trans-shipment algorithms. Many feeder optimization programs use trans- 
shipment — when developing the various layout permutation to consider during 
optimization, they work from a trans-shipment perspective. 


How Well Does an Optimization Method Perform 
Each of the Three Functional Planning Steps? 


Distribution planners do not need to master the intricate equations and program logic 
behind the optimization tools they use. However, they do need to understand the basic 
approach their optimization tools use (i.e., what “trick” it uses to obtain search speed — if it 
is integer or continuous, linear or non-linear, etc.). More important, they need to understand 
its limitations with regard to application. From the applications standpoint, this is often best 
done by considering how well the optimization performs each of the three steps: search, 
evaluation, selection. 


Step one: the search through all alternatives 


Given that there can be billions of alternatives involved, an optimization method will be of 
no use to planners if it requires that all alternatives to be evaluated be input by the user, 
listed, or in any way manually handled. A good optimization tool is capable of producing 
all possible permutations or variations automatically, from a simple description of the 
planning problem. Equally important, an optimization method is useful only if it generates 
and evaluates all possible alternatives — if it skips some possibilities it is undependable: 
sometimes the optimal alternative would be among those it failed to consider and thus it 
would fail to find the best alternative. 
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Automatically generate alternatives. Suppose that planners have identified twelve 
possible sites for future substations, each of which could be built with one, two, three, or 
four transformers of 22 MVA each (the utility’s sole standard size for substation 
transformers), or not built at all (a total of five possible “capacities” for each substation 
site). The planner needs to determine the optimal long-range substation plan: how many 
substations should be built eventually, which sites should be used, and what capacity should 
be built at each site used. With twelve sites and five possible capacities there are more than 
244,000,000 permutations. A great majority of these will be unfeasible or unreasonable — 
not enough capacity, too much capacity, no substation within required distances of new 
load, etc. However, depending on the exact planning situation, there will typically be from 
four to ten million feasible, reasonable alternatives among those nearly quarter billion 
permutations. At least one of those will be the least costly feasible alternative. 

A good optimization tool would be capable of automatically generating and searching 
through all ten million of these feasible/reasonable alternatives, based only on a compact set 
of input data: descriptions of the twelve sites, the capacity levels available, costs involved 
for sites and capacity, any constraints (perhaps one of the sites is so constricted that no 
more than three transformers will fit, etc.), and other data used in the analysis (a “load map” 
as described in|Chapter 25}. There are three qualities sought in a useful optimization tool’s 
search: 


Minimal input: The user must input only a small amount of data. If the user had to 
input a list of all 244 million permutations, or anything approaching that, the 
method would be useless. 


Completeness: The method must scan (at least implicitly, as will be discussed 
below) all feasible solutions, not just most of them. 


Speed: This search must be done quickly. 


Implicit searches. Most optimization methods would evaluate this example by using 
some sort of permutation loop that could generate all possible permutations (nearly a 
quarter billion) from the input description (twelve sites, five possible capacities, their costs, 
etc.). Note the use of the word “could” — speed being of the essence, most of the search 
would be “implicit.” The optimization would use one or more methods based on 
computation or logic to reject large groups of permutations from any explicit consideration 
— those that it “knows” cannot contain the optimal solution never have to be considered. 

The method used to shorten the search process might be based on rules inferred during 
pre-processing (“no plan with less than two transformers at site 6 can possibly meet 
requirements”) or by evaluation prior to beginning the search (“evaluation of fixed versus 
variable capacity costs shows that the optimal solution in this case will have either five or 
six substations built from among these twelve sites”) or by application of some sort of 
mathematical construct that constrains the search. A really “smart” optimization method 
will refine and apply tests and rules like this so effectively that it might have to look at only 
several thousand possibilities in the above example before it finally determined the optimal 
alternative. 

But what is critical is that the search, before application of the rules and “tricks,” could 
have and would have defined its search space as including all permutations (244 million in 
this example), and that the tricks applied to limit the search were entirely valid. Generally, it 
is here that crude and heuristic optimization methods fail —- the developers may believe the 
method covers all possibilities, but somehow it leaves some options unchecked. Unless 
there is no choice, it is best to apply only formal optimization methods — those for which 
theoretical proofs of completeness and validity are available. 
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"Set ofall possible solutions 


+ Complete optimization - 100% ———+| 
<«———- “Smart” heuristic method - 83% —» 


~<» “Bad” Heuristic (Fig. 26.4) - less than .5% 


Figure 24.2 A feeder capacitor siting problem such as that discussed in Chapter 26 (Figs. 26.3 and 
[26.4}, but for three possible banks instead of two, each of two possible sizes, has over 600,000 
alternatives. A formal optimization method will study, implicitly, every option. A clever (but slow) 
heuristic method will look at about 83%, enough that it would provide a useful tool if optimization 
were unavailable. However, a poor heuristic algorithm, like that described i , would nearly 
always fail to find the optimal solution, since it scans less than one percent of the space. 


Formal or not, an automatic planning method’s dependability — whether it will produce 
good results from one case to another — depends on what portion of the solution space it 
typically scans. Less effective methods will miss portions due to omissions, simplifications 
or approximations (Figure 24.2). 


Step two: evaluating the alternatives 


Very often, an optimization procedure will combine the evaluation and selection functions. 
Regardless, evaluation is a key function of these methods. Optimization procedures have 
two aspects to their evaluation: application of feasibility rules and the performance index — 
the attribute or function of attributes which they are attempting to optimize. Feasibility rules 
or constraints might include requirements that all load be served, that the configuration be 
radial, and that major trunks be three-phase. The most common performance index is 
overall cost. 

Traditional power delivery planning is single attribute planning, meaning that only one 
attribute (usually cost) is to be minimized. Evaluation consists of determining if each 
alternative meets all the feasibility rules (if it doesn’t meet the rules, it’s not acceptable no 
matter how low the cost), and if it is acceptable on all counts, determining the performance 
index value. The alternative with the lowest performance index (or in some cases, the 
highest) is selected as “optimal.” Some types of optimization procedures can address 
multi-attribute problems, where the goal is to try to optimize two different indices when 
they cannot be put on a common basis ~ such as cost and esthetic impact. 

Mistakes or poor performance with optimization in the evaluation step generally occur 
because planners do not check to see if their methodology meets two related criteria for its 
application: 


Does the evaluation consider all factors that are important to the goals? For 
example, if one requirement of a feeder layout is to assure that voltage at the end 
points is greater than 114 volts, then the optimization method must be able to check 
on voltage (some feeder layout optimization methods do not). Otherwise, there is no 
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way to assure that goal is achieved, and certainly no way to separate options on the 
basis if they achieve that goal. 


Does the planning method treat all options equitably? An evaluation method that 
considers all factors affecting some options but not all factors affecting others 
provides a biased comparison of options. For example, a municipal utility doesn’t 
pay taxes to itself, so taxes on new substations and property built inside the utility’s 
municipal territory are zero. However, many municipal utilities serve areas outside 
their municipal boundaries, or occasionally find themselves having to locate 
facilities outside their boundaries, and in some cases do have to pay property taxes 
and permit and license fees in such cases. To be completely valid, the evaluation of 
all options must include the cost of any taxes that would have to be paid to other 
taxing authorities, even though this means simply saying “none” for those inside the 
municipal territory. Only in this way can the cost advantage of sites inside the 
territory be assessed properly against the advantages and costs of those outside. 


Step three: selecting the best alternative 


In many optimization methods, this function ts combined with, or implicit in, the evaluation 
function, and it is difficult to identify where evaluation ends and selection begins. 
Regardless, planners should study their planning tools to determine how the best alternative 
is identified and if this is done in a valid manner with respect to their goals. Many planning 
mistakes can creep into the selection step because of approximations or misapplication. 

Is everything that is evaluated and reported used in selecting the best alternative? The 
fact that all alternatives were evaluated on the basis of a particular attribute does not 
necessarily mean that that attribute was properly weighted in the selection phase. For 
example, a popular planning program used in the 1980s evaluated the cost of future losses 
for both feeders and substation transformers, but then ignored those associated with 
substation transformers during the selection step (a compromise forced on its developers in 
order to gain the required speed and problem size they wanted). However, once an 
alternative was selected, the program reported transformer losses for the “optimal 
alternative” in its output, giving the impression they were considered in the selection. But as 
far as selection was concerned, transformer losses were “free” — the program had an 
unrealistic bias toward building new substations in order to avoid having to build long 
feeders from existing ones. 

Can the planning method validly distinguish among alternatives? Like any analytical 
method, computer programs for optimization can produce only so many “significant digits” 
of accuracy. Some optimization algorithms involve tremendous numerical computation and 
apply many approximations and short-cuts. As a result, in the worst case they may have 
only two significant digits of practical accuracy. 

For example, an early EPRI distribution planning program for substation siting and 
sizing (EPRI RP-570) applied a branch and bound algorithm that gave the cost of load 
transfers between substations as only a very rough approximation that proved to have up to 
10% error (EPRI EL-1198). A different approach — service area optimization — used a linear 
“synthetic feeder approach” and was accurate to within 3% (Crawford and Holt, 1975; 
Willis and Rackliffe, 1994). That accuracy advantage made service area optimization much 
better at dependably selecting the best site, one reason it is much preferred as a planning 
method today, although it ts still far from perfect. 

Planners often fail to consider this, and interpret minor differences in the evaluated 
values of alternatives as significant when in fact they are probably meaningless. If the 
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“best” alternative selected by a service area optimization approach is evaluated as 2% 
better than another alternative, then that alternative is not necessarily the best — no doubt it’s 
a good option, but there is no way without further study to prove it’s the best. In many 
planning cases the margins in cost, environmental impact, or other attributes among 
alternatives can be very small. Error range in the evaluation and selection among cases must 
be small enough to assure that the determination of “which is best” is accurate.’ 

Is there any post-processing of the analysis after selection of the alternative, and does 
that affect the optimality of the result? Some optimization programs perform additional 
manipulation of their data after the actual optimization (selection) step is completed. In 
some cases this can slightly affect the result. 

For example, many of the optimization algorithms that are considered best for feeder 
system configuration optimization (they are fast, reasonably accurate, and dependable) are 
unable to limit their analysis on only radial configurations. They typically produce feeder 
system configurations that have loops or even network portions to them. 

For a variety of reasons beyond the scope of this discussion, modifying these algorithms 
to produce only radial configurations simply will not work — the result is algorithms that are 
slow, maccurate, and often just fail to produce any answer at all. Instead, program 
developers should go ahead and solve the optimization, then test it to see if it is radial. If 
not, they provide a “radialization” post-processor routine, which modifies the optimization 
algorithm’s configuration to make it radial. Some of these radialization algorithms are very 
cleverly done (occasionally they represent more program code and computation than the 
optimization itself), and while they do a good job of radializing while not disturbing the 
configurations economics too much, there is no assurance that the configuration found is 
the optimal] radial configuration. All that is known is that it is a good configuration, which is 
now radial. 


No Optimization Method Is Perfect 
“Flaws” Must Be Kept in Perspective 


No optimization method considers all factors involved in distribution and is completely 
devoid of approximations and shortcomings. What is important is to determine if a 
particular method provides a better too! than any other method available. In general, a well- 
studied planner can learn the approximations, linearizations, and limitations in the 
evaluation and selection steps of particular opttmization methods, and largely account for 
them in their application, or at least be aware of their potential impact. But no amount of 
understanding and work can “fix” a method that does not span the set of all alternatives. 
Therefore, it is deficiencies in the first step — the search — that are most serious. Methods 
that do not span all alternatives should be avoided. 


Buyer Beware — Many “Optimization Methods” Aren’t 


Any program that attempts to search for, evaluate, and identify the “best” alternative may 
have been labeled an “optimization algorithm” by its developer, even if it does a wretchedly 
poor job in one or more of the three steps described above. As a result, many weak, 
incomplete, or faulty planning procedures have been portrayed by their developers as 
“optimization,” when in fact there is no formal (mathematical) assurance that they will find 


* Accuracy in evaluating factors that are the same among alternatives is not necessary for selection. 
For example, an accurate estimate of right-of-way cost is not needed to decide between two 
alternative transmission designs that would use the same route and right-of-way width. Any error 
would impact both equally, and thus make no impact on the decision. 
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the best, or even a good, alternative. Many of these employ “heuristic algorithms” or 
computational procedures based on faulty assumptions. 

A “heuristic algorithm” is a procedure that tries to reproduce the steps a human would 
take in manually addressing a problem. Generally, an engineer or planner familiar with the 
particular type of problem sits down and “reasons out” the approach she or he would use 
manually, and then writes a computer program to reproduce those steps. Heuristic 
algorithms often use simple rules of thumb formulae and tables as some part of their 
operation. 

Heuristic algorithms are easy and quick to develop as computer programs, and their 
developers will often be convinced that they are complete and valid. Generally, they give 
impressive results when demonstrated by the person who wrote them on the problem(s) that 
person had in mind. Although there are very rare exceptions, most heuristic programs prove 
unreliable in use, particularly when applied by people other than the developer, on other 
problems, or with even a slightly different performance index. The example capacitor 
optimization algorithm given earlier was a “heuristic algorithm.” 

Heuristic algorithms should not be confused with legitimate artificial intelligence (AD 
techniques such as knowledge-based or rule-based algorithms. The science of artificial 
intelligence — sometimes called knowledge engineering — has rigorous theorems, rules of 
verification, and formal procedures for gathering a planner’s knowledge about “this is how 
I do it manually,” testing those heuristic rules for completeness and then putting them 
together into a logical construct within an AI program, so that the results will be 
dependable. Unfortunately, because of this similarity, many heuristic algorithms are often 
represented as “AI methods.” 


“Implicit” Siting and Routing Algorithms 


A few distribution planning methods determine sites and routes in a plan explicitly — they 
literally compute or develop them automatically, independent of input sites and routes. 
However, most siting and routing optimization methods determine optimal sites and routes 
implicitly, by assigning “zero capacity” to candidate sites and routes given as input by the 
user. For example, in addition to data about loads, costs, and planning goals, a substation 
siting optimization procedure might be given a list of twenty-five candidate locations for 
new substations, where its input data explains it can decide to install zero, one, two, three, 
or four “unit” substation transformers (see Chapter 16, for a discussion of 
transformer units) at each site. If it selects “zero” as the optimal capacity at a site, it is 
effectively rejecting that site as a substation site. This is implicit siting. 

Similarly, feeder routing and layout programs assemble an optimal configuration by 
selecting segment capacities from candidate ROW and easement routes input by the user 
(or those inferred by the program, which might assume unless told otherwise that it can 
build a feeder along any street or road, etc.). The optimization assigns a decision of “build a 
capacity of zero” to any portion of routes it does not want. 

No distribution optimization methods (other than a few unsuccessful heuristic methods) 
compute sites or routes that are not originally input as a set of candidates by the user. Since 
strategic distribution optimization programs optimize only over candidates that are provided 
by the user, some skill is required in selecting a good, all-inclusive set of sites. 

Second, it is important that siting and routing programs be able to handle a “zero 
capacity for zero cost’ option in all sites and routes. This restricts the choice of optimization 
algorithm slightly (some types of optimization methods, particularly modified linear 
methods for fixed-cost feeder routing, cannot model both zero capacity/zero cost options 
but must represent all possibilities as having some non-zero cost). 
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Candidate Sites 


Figure 24.3 Most siting and routing programs determine optimal sites and routes implicitly, by 
assigning “zero capacity” to those sites not deemed desirable. At the left, a map of 25 candidate 
substation sites as input to an optimization that can assign 0, 25, 50, 75, or 100 MVA capacity to any 
site. At the right, the optimization has assigned non-zero capacity to five sites, assigning “0” to those it 
does not want. 


23.3 AUTOMATED FEEDER PLANNING METHODS 


To improve feeder system design, optimization must deal simultaneously with three aspects 
of distribution configuration — layout, switching, and conductor size. Regardless of 
algorithm, these applications are best supported by database, editing, and display 
capabilities tailored specifically to the alternative database required by optimization, rather 
than the needs of the more typical load flow/short circuit application. Proper application of 
optimization methods to distribution system design can reduce the time required and 
improve the quality and cost of the resulting plan. Given the power industry’s current trend 
toward labor cutbacks and increased cost-consciousness, the author expects optimization 
methods to see increasing use in the next decade. 

Three interrelated aspects of distribution configuration need to be simultaneously 
assessed in any attempt to minimize cost, and should be included in the span of any general 
optimization program for feeder planning. Chief among these is layout — the manner in 
which the distribution pathways are split and re-split on their way from a few primary 
voltage sources (substation buses) to the utility’s many customers. Most planners and 
engineers have a preference for a particular approach to feeder layout, but there is 


considerable design flexibility in most cases and there are no firm guidelines within the 
industry, as was discussed in|Chapters 1315, 


Equally important is the selection of switching, beginning with the determination of the 
normally open points which together with layout determines how load is distributed among 
substations, feeders, and feeder branches during normal operation. Additional closed 
switches must be placed throughout the system to provide operating flexibility and to 
isolate small parts of the system during equipment outages. 

Given that layout and switching are predetermined and not subject to revision, selection 
of the most appropriate line type (size of conductor and number of phases) for each segment 
of a feeder system is straightforward (see (Chapter 12). However, conductor size of key 
elements heavily influences what is the best layout and switching for any given situation, 
and in general the least-cost configuration will not be found by serially determining layout, 
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Figure 24.4 Automated feeder planning programs utilizing optimization work on the type of 
problem shown here. Top, an existing feeder (solid lines), the new loads that must be served (dots), 
the possible new routes (dotted lines) and segments that can be reinforced (solid in parallel with dotted 
lines). Feeder segments can be built in 3, 2, or 1 phase, in any of five conductor sizes. Radial 
configuration and switching can be changed. At the bottom, the plan found by an automated planning 
support program using constrained linear trans-shipment optimization. 
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switching, and conductor sizing. They must be determined simultaneously, taking into 
account their influence on one another. 

Thus, the generalized “feeder planning problem,” illustrated in peas is to 
determine the best layout of a feeder system from input data that describe the existing 
system and any areas that could be upgraded, available new ROW and easements, the loads, 
and the criteria and performance index. The planning method must determine what 
segments to build, of what line type, and how to connect them (switching). This problem 
certainly can be solved manually, or by experienced distribution planners with tools no 
“smarter” than load flows — tools that tell planners if a particular design will perform well, 
but cannot directly determine if it is inherently better than another possible design. 

Most utilities use structured (formal written) procedures for all such manual planning 
studies. These procedures tend to be serial, starting with a standard recommended layout 
(e.g., something similar to a “large trunk” or “multi-branch” philosophy of layout, as 
presented in SE calling for a certain set of design rules to be applied for the 
overall layout, then applying a set of segmentation guidelines to determine switching, 
followed by a segment-by-segment determination of the appropriate conductor size based 
on economic conductor sizing rules of the type analyzed in{Chapters 11] and Such 
procedures result in workable and affordable designs, but considerable published evidence 
suggests that costs can be reduced on average between five to ten percent by application of 
optimization to find the best configuration for each situation. 


Combinatorial Design Challenges 


The primary reason for such a large margin in performance of optimization over manual 
design is that the number of possible configurations to almost any real-world distribution 
design is so large that the probability of a smart, experienced engineer finding the very best 
configuration unaided is rather remote. Regardless, planners are rarely given the time it 
would require to do so unaided. The expansion planning of a single feeder, even one with 
much of the circuit already in place, as in Figure 24.4, can present over a million alternative 
layouts, most differing insignificantly from one another, but several hundred that are 
substantially different from one another, and that would be deemed sound plans. Decisions 
in selecting among them require balancing many factors, working around many constraints, 
and making comparisons among dozens, if not hundreds, of performance simulation cases. 
Judgment, experience, and structured design rules can assist planners in developing a good 
plan if working with manual procedures (those that do not use automated planning 
programs), but they are very unlikely to find the best plan. 

The plan found by an automated procedure using constrained linear trans-shipment 
optimization (bottom in Figure 24.4) may not be the true optimum (see comments on the 
accuracy/round-off of optimization algorithms in[section 24.2), but it meets all criteria, it 
was developed in two hours by one engineer, and it is 4% less costly than the manual plan 
developed by a team of two planners working one week. Optimization methods save time, 
cut planning costs, and produce improved results. 


Characteristics Desirable in Feeder 
System Optimization Methods 


Section 24.2 alluded to the very wide variety of innovative and clever algorithms, 
comprising more than 200 separate projects, that have been used to apply optimization to 
primary and service-level distribution layout. Regardless of algorithm, all face the same 
basic problem — select the best combination of layout/switching/conductor sizing in 
problems of the type outlined in Figure 24.4. Desirable qualities in an automated feeder 
planning program are: 
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Problem size 


Optimization has been widely demonstrated to provide greater benefits when it can be 
applied to a larger area of the system at one time. A program whose optimization engine 
can optimize ten feeders (e.g., 5,000 to 10,000 nodes) in one computation run is much more 
valuable than one that can optimize only one feeder (e.g., 500-1000 nodes). Operating on a 
large-area rather than piecemeal basis, the optimization can shift load and reconfigure more 
effectively, producing larger savings. 


Trans-shipment 


Trans-shipment (see|section 24.2) is such a predominant feature of flow on feeder systems 
that most practical automatic feeder and multi-feeder planning programs use a trans- 
shipment type of optimization. 


Capacity constraints 


Automated planning programs that cannot handle capacity constraints are of very limited 
value, to the extent that the author considers them valueless for practical application. 
Capacity constraints are what drive the need to reinforce, add circuits, and build much of 
the new additions that must be built. In modern distribution systems, where load is slowly 
growing and budgets are severely restricted, the ability of optimization to “work around” 
capacity constraints is essential. Generally, it permits planners to defer new additions 
through very creative load balancing (constrained trans-shipment methods are really good at 
this) and to find the minimum additions to allow working around capacity limits when load 
transfers alone will no longer do the trick. 


Implicit routing 


Generally, programs that use an optimization that works on an implicit routing basis (see 
section 24.2) is ultimately easiest to use for feeder configuration planning, even though it 
means the user must provide all possible ROW and easements as input data, rather than 
have the program automatically generate routes, etc. Programs that do not use implicit 
routing tend to be difficult to control — it is more difficult to limit them to not building 
feeders where they are not allowed than it is to use an implicit routing method that requires 
identification of where they can be built. 

Implicit routing is easiest to use if the program provides two useful utility features: (1) 
an ability to produce a set of potential routes following all roads, and (2) a “connect” option 
where the user can specify a distance (e.g., 100 feet) and have the program assume that any 
two nodes less than this distance apart can be connected, even if no route was input 
between them. Generally, automated programs that use linearized cost functions 
24.1A) run very slowly when solving implicit routing problems, because there are 
multitudinous routes with exactly the same evaluated cost. They “thrash” (take a long time 
to solve) as they work through thousands of options that look exactly the same to them. 


Fixed cost 


Optimization algorithms that can handle fixed costs take much longer to solve than those 
that cannot model fixed costs. They tend to have a much smaller program capacity and to 
have more operational problems (non-convergence, round-off error). In general, non-fixed 
cost methods give quite satisfactory results for planning overhead and direct-buried 
distribution systems. But fixed cost methods are really necessary to apply fast, effective, 
and accurate optimization to underground systems that require duct banks. 
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Three Types of Focus for Feeder System Planning Methods 


From the standpoint of computerized application, distribution planning problems fall into 
three categories, with differing analytical needs. These are new system expansion, 
augmentation of an existing system, and operational planning. 


New expansion planning 


Distribution expansion planning where there are no present facilities, but where load growth 
is expected, may seem to be the most challenging planning problem possible, but 
paradoxically it is the easiest to solve well using optimization. Such planning is often 
called “greenfield” planning because the planner starts with nothing (a green field) and 
plans a completely new system in concert with the development of the region. The major 
challenge in these situations is to select the design of this new system from the 
overwhelming range of possibilities. 

Fortunately, linearization of conductor economics permits use of a linear optimization 
method in these types of problems when the performance index is cost (as it usually is in 
distribution planning). Use of a linear method (with a zero Y-intercept) shortens 
computation times tremendously and permits very large problem size (75+ feeders can be 
analyzed in one computation), while introducing only a slight approximation error in the 
results for this type of problem. 

The top drawing in [Figure 24.5]illustrates such a linearization, a line from the origin is 
used to represent the “best” choice among the five curves representing conductor 
economics for the distribution line type set (see [Chapter 7] for details on line type sets). 
During optimization, the straight line is used to represent the cost versus capacity of any 
new segment considered for addition to the system — the greater the power it will carry, the 
greater it will cost. The optimization uses this linearized relationship in two ways: 


1) During comparison of the virtues of one line’s economics, 
or one configuration’s economics, against another’s. The 
optimization builds, or solves for, a configuration it deems 
optimal using this cost/capacity relationship. When done, 
a flow value has been assigned to each segment in the 
system. 


2) To determine the line type for each segment. The flow 
value assigned to each segment is used to determine line 
type for each segment. In Figure 24.5, top, this would be 
done based on which “bin” along the X axis the value 
assigned to the segment fell into — A, B, C, D, or E. 


Many distribution optimization algorithms use such linearization, representing each 
segment in the potential system with only two values — a linear cost versus kW slope 
(which may be different for each segment) and a capacity limit which constrains its 
maximum loading. 

Applied in a well-designed program, the combination of linearization of conductor costs 
along with implicit routing provided very satisfactory performance (considering 
contemporary standards) when first developed in the 1970s. More than sixty utilities in the 
United States use this method routinely in the layout of major new distribution additions. 
Economic savings as large as 19% in comparison to good manual design practices have 
been reported in IEEE and EPRI publications, but the author believes that a three to eight 
percent margin of improvement is more typical. 
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Figure 24.5 The three types of feeder planning situations described in the text each face different 
cost relationships among the feeder segments they analyze. 
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Augmentation and reinforcement 


Unfortunately, “greenfield planning” represents only a minority of distribution planning 
needs. While such large-project planning often gets attention, and has a good deal of glory 
attached to it, a much more common need is to economically upgrade a distribution system 
already in place, perhaps in an established neighborhood where a slowly growing load 
means that some parts of the existing system will soon be overloaded. As is the case with 
most greenfield planning, the goal is to reduce overall cost to a minimum. 

While such planning may appear to be much easier than greenfield planning because the 
range of options is limited and a feeder system is already in place, in fact “augmentation 
studies” are quite difficult to optimize, for two reasons. First, in most cases new routes and 
equipment sites and permitted upgrades of existing equipment are severely limited due to 
practical, operational, esthetic, environmental, or community-relations reasons. The 
planners’ challenge is to work around such limitations, balancing availability and cost 
against impact on the system and its need. While in greenfield studies, the sheer 
combinatorial magnitude of the design problem defined the challenge, in augmentation 
studies the balancing of capacity constraints on the existing system, and these many 
constraints to any new additions or changes, is what provides the challenge. These 
limitations are almost always different in each case and location and cannot be generalized. 
They must be represented well in the data and acknowledged accurately by the optimization 
algorithm. 

Second, the options for upgrading existing lines_cannot_be linearized as well as in 
greenfield studies, as shown in the middle drawing of Despite this, linear trans- 
shipment programs have long been applied to augmentation studies, generally because they 
were in wide use for greenfield studies and nothing better was available. While a good 
planner using a linear trans-shipment program generally can reduce costs in such studies by 
two to five percent, interpretation of the results from linearized optimizations requires 
greater skill and experience than for greenfield planning. More important, the configuration 
computed is not necessarily optimal (a linearized computation will fail to recognize the 
greater than linear upgrade economic benefits that accrue in the middle of the X-axis in 
Figure 24.5, middle). 

As a result, a number of “non-linear” algorithms have been developed specifically for 
augmentation studies, including piecewise linear and non-linear trans-shipment algorithms 
tailored to distribution design. However, in the author’s opinion the algorithm is still not the 
key factor in program usefulness for augmentation applications. The key for augmentation 
applications is to make the software usable by supporting quick entry, verification, and 
review of the database to reflect the unusual conditions and out-of-ordinary costs that are 
the real drivers in the augmentation planning. The real challenge in 
augmentation/reinforcement planning is in representing the existing system and limitations 
on new construction accurately with little effort. 

Greenfield studies can be performed well using generic editors and display that are 
based upon an expanded format as used in circuit analysis (e.g., load flow) programs, 
because al! “unbuilt’”” ROW are inherently the same class and have the same characteristics. 
However, the same does not apply to augmentation studies, where such an approach 
becomes tedious to use and promotes data and planning errors. For that type of work, a 
database-editor-display environment designed to work efficiently with entry, display, and 
verification of constraints, costs, and the range of options, using an exception and segment 
basis, provides far greater ease of use. Assistance routines to detect out-of-range entries, 
exceptions, or unusual and non-sensible data within the context of this type of problem are 
also very useful. 


Copyright © 2004 by Marcel Dekker, Inc. 


888 Chapter 24 


Operational planning 


The only alternatives of system configuration in operational planning are changes that can 
be made in the radialization of the system. In some cases, this includes both switching and 
reconfiguration of open points such as double-dead ends, etc.; in other cases, only changes 
in switch status are to be considered. 

The performance index for some operational planning tasks will be minimization of cost 
(which are just losses costs, since there are no capital costs), but many operational planning 
situations address emergency requirements (such as during a storm when many line 
segments are down). The goal in these emergency situations is to maximize the amount of 
load that can be restored quickly, while minimizing excessive voltage drop, the amount of 
overloads, or number of switching operations. 

In operational planning situations, sine there are no alternative line segment types, every 
line segment’s cost curve is a quadratic function (IR). Although application of linear 
optimization here can provide some benefit, a piecewise linear approximation 
bottom) is really required to provide any reasonable accuracy. Non-linear trans-shipment 
methods (algorithms that represent PR losses without approximation) are more difficult to 
develop and to make user friendly, but give even better results. 


Radialization of Optimal Feeder System Plans 


The vast majority of distribution feeder systems are operated in a radial manner, and 
therefore planners and operators of distribution systems usually desire optimization-driven 
design aids to compute the best radial configuration possible. Radialization is a constraint 
on the type of solution that is deemed feasible, and assuring that the optimization produces a 
radial configuration is an important part of the design of any practical distribution 
optimization program. 


Program Shell (Database 
and User Interface) 


1. Pre-processor 
* one-line reduction 
« deletion of smail segments 
* numerical set-up (constraints, etc.) 


2. Optimization 
Algorithm 


3. Radialization 


Algorithm 
(if required) 


4. Post Processor 
* restoration of deleted seqments 
* optimization of deleted segment 
line types 
* restore one-tine to three-phase 
presentation 


Figure 24.6 Many automated feeder planning programs consist of the four stages shown here (see 
text for explanation). 
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Forcing trans-shipment methods to reduce cost while meeting a radialization constraint 
can be a major challenge in algorithm design, particularly when non-linear costs are 
modeled. Radial configuration is difficult to enforce when the “cost model” is non-linear, 
because the optimization algorithm senses (correctly) that splitting a load between two feed 
paths will reduce losses — given that either of two similar radial routes could serve a 
particular load, losses can be cut in half by leaving both connected to the load, splitting it 
between them. A number of methods exist to force radialization onto the computed network 
solution from an optimization (as in the null-point load flow and other applications), or to 
limit solutions considered by the optimization to only radial configurations. Some methods 
involve very lengthy analysis of configuration — the radialization logic can exceed the 
length and complexity of the optimization routine itself. 


Typical Feeder Optimization Algorithm Structure 


Most automated feeder planning optimization algorithms work internally with one-line 
equivalent models of the distribution system. Usually, an automated planning program will 
have the structure shown in Figure 24.6 consisting of a shell providing database and user 
interface and up to four functional stages. The first stage is a circuit pre-processor. This 
strips out all but the major trunks and branches from the optimization, moving all load to 
main trunk nodes, much as was depicted for one-line reduction in Chapter 16 (Figure 16.3). 
Laterals, small branches, and any part of the circuit which the pre-processor determines 
cannot be subjected to any re-switching can be deleted without loss of generality of the 
results and optimized later (in stage 4). Deletion of laterals and small branches reduces the 
number of nodes of circuit representation that must be passed on to the optimization, which 
means a larger area of the system can be fit within any size-restriction the algorithm may 
have (all optimization algorithms have some upper limit on the size of the system they can 
handle) and that the optimization will solve much faster (since some algorithms have a 
cubic or worst run time to node number relationship, this alone is significant reason to have 
a pre-processor). 

The second computation stage is the optimization itself, followed immediately by the 
third stage: radialization. The fourth and final stage is a post-processor, which adds the 
deleted laterals and small branches back into the completed circuit configuration while 
simultaneously applying simple rules to determine their optimal conductor size. It also 
interprets the one-line representation (used internal to the optimization) back into a three- 
phase representation, if that is appropriate for the application. 


Suitable Optimization Methods for Feeder System Planning 


As mentioned in section 24.2, usually the selection of an optimization algorithm is a 
compromise between a number of conflicting requirements. Overall, despite some 
shortcomings, constrained linear trans-shipment has proven to be the most useful 
optimization approach for greenfield and augmentation planning, and non-linear trans- 
shipment best for switching studies. 

Linear trans-shipment algorithms can handle very large (7,000+ node) problems, which 
means that with appropriate preprocessors to strip out laterals and small branches, 
layout/conductor size/switching optimization of an area of 15-20 substations can be done in 
one computation. Generally, the benefits of large problem size outweigh any limitations 
wrought by linearization, so on balance linear trans-shipment was traditionally regarded as 
the best optimization method for both greenfield and augmentation types of feeder system 
planning. However, given modern computer speeds, such a compromise is not necessary. 

Genetic algorithms show great promise for greenfield and augmentation types of feeder 
system planning, but remain unproved in lengthy planning application (Mirandaetal., 1994). 
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Figure 24.7 Capacity constraints make switching optimization a more challenging problem, and 
“lesser” optimization methods cannot deal with the situation well. Shown here is the ratio of 
realizable savings (i.e., as evaluated by detailed follow-up analysis) in losses due to switching 
changes found using null point analysis (dotted line), and linear trans-shipment, as compared to 
those found by non-linear trans-shipment optimization, as a function of the average equipment 
load/capacity ratio in the system. The more heavily loaded systems have more lines at or near their 
maximum capacity constraints. Therefore switching must be used mainly to balance load, not 
minimize losses. The more approximate “optimization” methods cannot handle this well. 


They are flexible, robust, and (when applied with linearized flow models) fast and 
dependable. The fact that GAs do not necessarily find the true optimum alternative is 
irrelevant in application; they produce results that are equivalent to linear trans-shipment 
(Willis et al., 1996). 

Null point load flows apply a network load flow to automated planning of radial 
feeder systems in a clever, heuristic manner. In the typical application, null point analysis 
uses a network load flow program to “optimize” the switching of a radial feeder system 
in three steps: 


1) Close all switches in the load flow feeder system model for the 
system being studied, making it a network. 


2) Use the load flow algorithm to compute flows through the resulting 
network. 


3) Due to its nature, this computed network flow will have “null points” 
— where power flow is zero, throughout the system. These are 
interpreted as the ‘optimal’ locations for open switches. 


The basic concept — interpreting null points as the best places for open switches in a 
radial system — has a certain intuitive appeal. While not a valid rule (a null point load flow 
makes local loss minimizations throughout, it does not accomplish a global least overall 
cost minimization), this approach is useful on systems that have few if any capacity 
constraints or voltage reach constraints. 

Null point load flows give very poor results in the face of even a few capacity 
limitations in the feeder network, as shown in Figure 24.7. Most modern distribution 
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systems are full of capacity limitations. The “solution of choice” for solving overloads 
caused by capacity limitations is load transfers, accomplished by re-switching. In such 
cases, “optimal” mostly means finding a way to work around such capacity limitations by 
switching, making load transfers without violating criteria, and service requirements. 
Losses are an important but secondary issue ~ the goal is not to find the switching 
configuration that lowers losses. It is to find the configuration that has the lowest losses 
from among those that limit flows to within capacity constraints. Null point load flows 
cannot do this, while most linear optimization methods (trans-shipment or otherwise) can. 

The most effective tool is the best combination of problem size and accurate 
optimization. Figure 24.8 compares the savings found in “loss reduction analysis” on a 
typical system, using non-linear trans-shipment, linear trans-shipment, and null point load 
flow as a function of “program capacity.” Although non-linear is the most accurate, linear 
trans-shipment’s combination of problem size and fair accuracy makes it the most effective 
tool. 
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Figure 24.8 Linear, non-linear trans-shipment, and null point algorithms were each limited to various 
program capacities (nodes) and used to plan a distribution system. With a small capacity, all had to be 
applied in a piecemeal fashion and each produced worse results than when applied in larger format. 
Overall, best savings are found with the linear trans-shipment, which despite being a more 
approximate algorithm than non-linear trans-shipment can apply its optimization to much larger 
portions of the system. 
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24.4 SUBSTATION-LEVEL AND STRATEGIC PLANNING TOOLS 


[Chapters 17] and discussed the performance and economics of the overall distribution 
system, particularly the interaction of the various levels of the power system. In particular, 
those chapters stressed that the subtransmission, substation, and feeder levels must be 
compatibly designed if the system as a whole is to perform well and be economical. 
Studying the interaction of so many aspects of electrical and economic performance, among 
those three levels, and playing one level against another in a balanced tradeoff of cost, is the 
essence of long-range strategic distribution planning. The foremost goal of automated tools 
for long-range planning is to improve the planner’s ability to perform this work: to evaluate 
alternative designs and decisions from the perspective of the combined, multi-level 
distribution system’s performance and costs. 

Chapters 17 and 18 also made clear that “substation siting” — identification of the future 
substation sites, their capacities, and expansion schedules — is the function lying at the heart 
of strategic distribution system planning. Substation siting is strategic for three reasons: 


Substation locations and loads set the delivery requirements for the transmission 
system. 


Substations are expensive (both financially and politically), representing about 
one-tenth to one-fifth the total cost of a power distribution system. 


Substation locations and capacities define the source locations and constraints for 
the distribution system. Their location relative to the load, neighboring substations, 
and surrounding geography largely define the feeder system. 


More than three hundred different automated procedures have been proposed or used for 
substation siting and sizing since the advent of computerized applications to power system 
planning in the late 1960s. Some of these are heuristic and either inaccurate or applicable 
only in very limited circumstances. Others employ formal optimization procedures. 


The Critical Focus of “Strategic” Substation Planning 


While substations are the key strategic moves planners make in their chess game against the 
future, substations represent only a minority of overall cost. In particular, the potential 
impact that substation siting has on feeder system cost is generally greater than the 
substation cost itself (again, see Chapters 17 and 18). Both location and size of substations 
in relation to one another change the feeder economics, often substantially. As a result, 
long-range planning and “substation siting” programs must address feeder costs in order to 
provide maximum value to the planner. 


Substation Capacity Optimization 


Many automated substation siting and sizing tools focus on optimizing the assignment of 
capacity to substations. As represented by the tool the “substation planning problem” looks 
something like this: 


There are N sites available, of which some may already have substations built and 
capacity installed. 


Each site will have different costs and constraints associated with adding to its 
capacity — new sites have to be cleared and prepared, etc. 


Each site will have a minimum load and a maximum load (the difference being 
what can be transferred to or from its neighbors). 
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Figure 24.9 Service area optimization planning tools model substations as composed of both a 
substation site and a feeder network. They work by expanding the network out of each site until the 
collective set of networks covers all the load and meets all constraints, then adjusts substation 
locations and sizes to minimize cost. 


4a 


Figure 24.10 If a substation’s capacity is increased, its service area must be expanded for that 
capacity to be utilized effectively, requiring a more extensive feeder system with heavier substation 
getaways and feeder trunks, a larger service area, and a greater overall expense. Service area 
optimization planning methods automatically include this cost element and similar impacts in their 
analysis when considering expansion options. 
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There is a global total load which must be served (i.e., the sum of all substation 
capacities must exceed a certain global total). 


There are various capacity margin and maximum size restrictions (design 
standards). 


Typical of the many approaches to this particular problem was the “substation siting” 
program developed during EPRI project RP-570 (1979). Although crude with respect to 
today’s database, graphics, and “program shells,” the program applied a branch and bound 
algorithm to allocate capacity expansion among the N candidate sites in an overall 
minimum-cost solution that is no less effective in solving the problem than some 
procedures being published in academic journals at the time of this writing (2003). It 
produced an “optimal” expansion schedule of additions by site and a list of site-to-site load 
transfers required to make the loads at each site fall within its capacity. 

This particular program proved of little value as a planning tool, because it failed to 
address the feeder costs and constraints associated with the inter-substation load transfers. 
Load transfers between substations imply increased feeder capacities and losses, leading to 
cost increases which always form a significant portion of the variable costs of any 
substation siting problem, and which occasionally outweigh the substation costs. 

In addition, feeder system capacity and reach constraints, and geographic limitations, 
often interfere with the ability to transfer load beyond a certain amount, or dictate that load 
be transferred from an overloaded substation not to its least-loaded neighbor, but to another. 
Several attempts were made to fix this deficiency in the EPRI program. None worked well. 

A number of other automated substation siting programs have been developed since 
1980. Many work somewhat better than the EPRI program did, but the fact remains that 
programs that address substation siting as a problem whose primary variable cost is 
substation capacity cost miss the major variable cost at stake as siting and sizing decisions 
are made — that of the feeder systems associated with the substations. 


Service-Area Optimization 


Service-area optimization (SAO) methods directly address the feeder-system impacts of 
substation siting by representing substations as source locations, each with a feeder 
network. Although there are variations on the SAO approach, the general concept is shown 
in The optimization expands a set of substation service areas until they 
collectively cover all the load area. Well-designed SAO programs prove to be truly 
effective and valuable strategic planning tools. 

Some SAO methods represent substations as “tiles” (see The “Game” of Substation Tile 
Planning, in [Chapter 12}, with a type of elastic pressure (economic cost differences) at the 
boundaries between substations pushing service area boundaries and substation locations 
into their lowest cost configuration. Other SAO methods represent a substation as a unit 
composed of a substation and a feeder network that connects the substation to surrounding 
load points. Some methods even model the subtransmission segment(s) required to move 
power from the high-voltage grid to the substation site. 

Regardless, the common element of SAO representation is that a substation includes a 
feeder system leading from it to nearby load points, along with an operational constraint 
that this feeder system must reach every load point from one or another of the substations. 
Thus, if in the course of its optimization, the SAO represents a new substation as 50 MVA, 
it will simulate the construction of lines and losses for a 50 MVA feeder system built out of 
that substation to serve the load around it. If the substation is increased in size to 75 MVA, 
then its feeder system’s cost and losses are similarly increased and considered in 
determining whether a net savings has been effected. In either case, the SAO applies 
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optimization to balance the economics of using the 50 or 75 MVA capacity against the 
capacities, constraints, and economies of neighboring substations as shown in|Figure 24.10 


Synthetic feeder system model 


The SAO approach usually performs its analysis by explicitly routing feeders (ie., it 
requires no input on potential feeder routes) on a small area grid basis. Often this is the 
same grid system used by the spatial forecast simulator (as described in|Chapter 25). This 
grid approach approximates the feeder system with a synthetic feeder system representation, 
as shown in Figure 24.11. By using such a representation, the computer program can apply 
a dynamic or linear programming method in a very rapid configuration (permitted because 
all links are of uniform length), allowing it to explore a multitude of options involving 
variations in the number, route, service area, primary voltage levels, and loading limits of 
feeders, as well as changes in substation capacity, within a reasonable amount of time. The 
existing system is represented in this manner, and models of the required future expansion 
are automatically produced by the program as substations are expanded and moved and as 
load grows. 

While not accurate enough for detailed feeder design, the grid-based synthetic feeder 
system representation has proven very accurate for long-range planning, where the major 
feeder planning goals are analysis of costs and decisions on the voltage level, service area, | 
and number of feeders (Crawford and Holt, 1975; Willis and Northcote-Green, 1985). 
Accuracy in estimating cost and in identifying sensitivity to design constraints is generally 
within 3%. 


Explicit algorithm routing is useful in strategic planning 

While implicit routing methods usually prove best for feeder planning purposes (see 
Section 24.3), explicit routing algorithms that automatically generate feeder system route 
models with no user input prove most useful for long-range planning. Of prime importance 


in the usefulness of this approach is the ability of the program to generate the synthetic 
feeder system from only a small description of the conductor sets and standards used by the 


ACTUAL CIRCUIT - SYNTHETIC CIRCUIT 


Figure 24.11 Service area T&D planning optimization approximates the feeder system with a “stick 
figure” network that allows routes only along vertical, horizontal, and diagonal lines through each 
small area. Although approximate, this method proves very accurate for long-range applications and 
allows very fast computation of large system optimization problems. 


Copyright © 2004 by Marcel Dekker, Inc. 


896 Chapter 24 


electric utility. Thus supported by an explicit routing, the SAO approach does not require an 
extensive feeder database in order to perform its analysis. This means that it can be applied 
to distribution studies-very economically, since such data do not have to be gathered. More 
important, this also means that its application to future years (for which feeder systems have 
yet to be built and for which, therefore, no database could exist) is just as valid-Working in 
the same geographic data format as the spatial simulation of load growth often proves 
useful to a SAO method, too, because the program then has access to the GlS-type data 
used in land-use simulation analysis eefChape 29. Typically, a SAO will permit the user 
to define feeder-level constraints, restricting if from representing feeders as built across 


wide rivers, through cemeteries or wildlife preserves, etc., and so that it uses underground 
feeder costs in areas where that type of construction is necessary, etc. 


SAO Method Application 


While SAO programs differ, usually the resulting plan, displayed both graphically and as 
text, gives the optimal load and capacity and the optimal service area for each substation 
and provides estimates on the performance, cost, and layout of the expected feeder system. 
Usually, this type of approach is applied with constraints that limit the solution it must find 
in order to produce a plan in which: 


All customer load is satisfactorily served (both voltage and reliability). 
No equipment is overloaded. 

Existing substations are utilized whenever feasible. 

Feeder system costs and losses are minimized. Reach is maximized. 
Contingency capacity exists to back up the loss of any one substation. 


The optimization method is used to perform an analysis of expansion in which the system 
is configured to remain within the constraints listed above while achieving minimum cost. 
This determines: 


Which existing substations should be expanded and to what capacities. 


How many, where, and to what capacity should new substations be 
built. 


What is the best primary voltage for the feeder system at a new 
substation. 


Where operating problems due to extreme reach needs might plague 
the feeder system. 


An overall estimated substation-feeder expansion budget. 


A distribution plan must conform to a long list of common-sense constraints and rules. The 
most useful SAO methods lay out the feeder/substation system while automatically: 


Constraining the plan to use only equipment within a certain set of 
design standards, such as limitations on the size of transformers. 


Not building feeders through cemeteries, across lakes, etc., such areas 
recognized from land use data provided by the small area forecast 


Copyright © 2004 by Marcel Dekker, Inc. 


Automated Planning Tools and Methods 897 


database (usually obtained from GIS systems or as entered for the load 
forecast). 


Building only underground, or only overhead feeder systems, in areas 
designated by the user as solely one or the other. 


Building only a specified voltage in a specific region (e.g., 34.5 kV in 
one region, 25 kV in other regions). 


Meeting contingency criteria (e.g., outage any substation and still 
supply all loads through contingency feeder re-switching). 


Finally, given a particular substation-level plan — a complete description of the locations 
and capacities of all substations and their associated feeder networks — a good SAO method 
can assess three important aspects of that plan when evaluated against any load forecast: 


Areas of the system where load cannot be served because the system 
does not have enough capacity or feeder reach. 


Areas of the system that can be served but only at a higher than 
average cost. 


Areas that cannot be served reliably, basing this on an estimate of 
reliability based on the synthetic feeder system. 


An ability to evaluate these three aspects of any plan against any load forecast provides 
a very powerful tool in the first step of long-range planning. By comparing the present 
system to the future load pattern, the planning program identifies where the problems in the 
system are located and why they are problems (geographic constraints, cost, electric voltage 
drop, reliability). 


Where is the capacity shortfall? 


One useful application of a SAO program is to apply it to serve Jong-term (+10 year) loads 
using only the existing (+0 year) system, re-switching feeders and re-routing power as 
much as is practical, but building no new facilities. In most cases, and certainly if there is 
any substantial load growth, the optimization finds that this goal is impossible to meet 
within constraints it has been given. Being a cost minimization approach, the optimization 
sheds the most-expensive-to-serve load first, applying the existing system within operating 
limitations to pick up all the load it can serve, most economically. Plotting this “unserved 
load” as a map provides a very useful illustration to the planner, both in serving load and in 
reducing cost, as shown in By re-running the program with feeder reach 
distances set to infinity (constraints removed) the planner can identify what portion of the 
unserved load map is due to substation capacity limits. Similarly, by re-running it again 
with substation capacities set to infinity (constraints removed) the planner can identify what 
portion of the unserved load map its due to feeder reach limits alone. These studies help 
identify the type of expansion planning that will be needed to accommodate the load 
growth. 


Substation Durability and Utilization Planning Methods 


The durability (expected reliability as a function of remaining life and loading) of a 
substation can be included tn some substation siting and optimization approaches. As 
shown in|Figure 24.13} the typical “bathtub” reliability curve for a substation’ s transformers 
and equipment can be used to estimate its expected remaining lifetime. The area under the 
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Figure 24.12 Unserved load map produced by a SAO method trying to serve year 2013 forecast loads 
with the 1993 system provides useful information at the start of the planning phase. Shading indicates 
locations and amount of load that cannot be served. This permits exploration of the system capability 
versus long-term needs. 


curve is assumed to be 100%. The portion already “used up” is estimated based on age, past 
loading records, etc. 

The PW value of the transformers serving various load levels in the future can be 
computed as shown in the lower left of which compares the utilization value 
if the transformers are limited to 23 MVA peak each, with their economic value at a loading 
limit of 28 MVA. The future PW value for either loading utilization plan is the area under 
its Curve. . 

Higher loadings create an accelerated loss of life and a higher likelihood that the 
transformers will fai] in the short term. The expected PW cost of failures can be estimated 
(lower right in Figure 24.13). This can include only the cost of replacement, etc., or it ma 
also include the cost of poor service for customers during the failure and repair cane 
[28}. Given enough time, every unit in service will fail, but lightly loaded equipment may 
last longer, and hence have a lower PW failure cost. 

Both the value of utilization and the value of failure/customer service quality can be re- 
computed based on various assumed loading level plans and balanced against one another 
and other aspects of the substation utilization. Boosting the loading on a substation will 
increase its present value (the utility is making more use of it) but increase the future failure 
risk cost. These costs can be balanced against one another, and other costs, for any situation 
to determine the optimal loading plan. 

This approach tends to load new equipment to higher levels than older equipment, as 
shown in When applied in conjunction with assessment of the value of 
reliability to the customers, it can find the best compromise among loading levels, long- 
_ term use, and service reliability. Thus it is quite suitable for newer “budget constrained” 


(see Cha ' aradigms that try to balance budget, loading standards, and customer reliability 


(see|/Chapters 6 21) and 28). 
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Figure 24.13 Expected remaining lifetime and failure likelihood of a 25-year-old transformer is 
evaluated against loading plans calling for both a23 MVA peak and 28 MVA peak (top). This leads to 
computation of both the PW value of its service at those loading levels (lower left) and the expected 
PW cost of failure (lower right) which can be used in determining optimal loading of each substation. 
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Figure 24.14 A new transformer evaluated in a manner similar to the older unit in Figure 24.13. This 
unit provides similar future utilization value but far different failure risk. As a result, optimization 
applications which include durability in service in their analysis tend to recommend loading newer 
equipment to higher levels than older equipment, particularly when the failure cost includes customer 
service valuation. They also balance loads among the different substations in an area in a way that 
“uses” lifetime optimally, which typically also means new transformers are loaded to higher levels 
than older units. 


Copyright © 2004 by Marcel Dekker, Inc. 


900 Chapter 24 


24.5 APPLICATION OF PLANNING TOOLS 
Why Use Automated Planning Tools and Optimization? 


Reducing cost is the primary justification for use of optimization — savings of from five to 
twelve percent are realizable from the use of well-designed automated, optimization-based 
programs for both short- and long-range planning. Claimed savings that accrue from 
optimization are always subject to a certain amount of interpretation — would the original, 
non-optimal design have been built as planned or would an improved design have been 
found without optimization before construction was fimshed? Are the claimed savings 
realistic and have they been verified? Figure 24.15 is based on reported results from 25 
users of an automated short-range feeder-system planning method (1995). As can be seen, 
optimization generally gives larger savings in greenfield cases, probably because that type 
of problem is more amenable to today’s optimization methods, but perhaps also because 
there is simply more to save in such situations. 

Reducing the time and effort required to develop and document a distribution plan is 
also an advantage of optimization. Figure 24.15 shows an 8-22% reduction in planning 
effort required. But most users reported that they used automated methods to improve the 
quality of, not reduce the time spent on, planning. Figure 24.15’s results are based on a 
1995 survey, and industry performance has improved since then, so its value may be 
slightly optimistic for early 21" century application. The author uses a range of 3 — 8% 
instead. 

A learning tool. Use of optimization-based tools contributes to an engineer’s 
understanding of the distribution system, the interplay of costs, performance, and tradeoffs 
within it, and the measures that can help reduce cost. It is often worthwhile to “play” with 
the input variables to learn how various aspects of a plan interact. For example, setting the 


Effort Required Relative 
to Manual Study 


9 1 1.05 
Cost - % of Original (Manual) Plan 


Figure 24.15 Percent reduction in overall levelized cost wrought by application of optimization 
versus the change in effort required to apply it, as reported by various users of a linear trans-shipment 
feeder system planning program. Hollow dots indicate results for new expansion studies, solid dots 
augmentation studies. Average results for new expansion are a 5.3% reduction in cost and an 8% 
reduction in effort required to complete a design, and an average 4.3% reduction in cost and 22% 
reduction tn time for augmentation systems. 
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cost of losses to zero in a planning program will lead to a plan that ignores their 
contributions to cost. Comparison of the resulting plan to the actual best plan will reveal 
characteristics and design practices in the plan that are due to losses. 

Standardization and Credibility. Properly set up and applied, automated programs apply 
the same rules, costs, and evaluation methodology to all planning situations, standardizing 
the planning process and helping to assure that all planning requirements are met. 
Optimization, if used correctly, ignores no viable alternative, which improves credibility of 
the resulting plan — no bias was shown in the selection of the recommended plan, all options 
were considered on an equal basis. 

Documentation. Automation (not optimization) aids considerably in documenting the 
need for additions and in demonstrating that diligent effort was devoted to examining all 
options and determining the best design. 

Justification. Far beyond its ability to improve credibility and documentation, automated 
optimization can be used to perform justification studies, in defense of critical or 
controversial elements of a plan, as will be described later in this section. 


Multi-Year Versus Single-Year Application 


Planners, and designers of automated planning software usually must make a compromise 
between multiple years of optimization evaluation and the size of the system that can be 
evaluated. Most T&D plans cover a period of several years into the future, and the goal of 
the planning is to determine a schedule of additions over the next five to twenty years. It is 
possible to set up an optimization engine in a multi-year framework in which it will 
automatically evaluate when as well as where to install capacity at a substation, expand a 
feeder segment, or make whatever change(s) is being considered. The optimization deals 
with a set of yearly plans and analyzes changes from year to year as explicit objects in its 
optimization. By contrast, single-year applications work on a snapshot of the system and its 
loads for one particular year, optimizing the system plan to serve the load, and assuming in 
an evaluation of long-term economics that the loads and system remain fixed ever after. 

If a particular optimization algorithm can optimize a system of 10,000 nodes in a single 
year analysis, it will be able to handle only a much smaller system — perhaps only 1,000 
nodes — when performing a ten-year optimization. To date, most optimization applications 
have tended to be single-year programs, because experience has indicated that, within the 
limitations defined by current technology, being able to optimize a substantial part of the 
system as a “snapshot” gives better practical savings than being able to optimize a smaller 
portion of the system over a period of many years. 

As a result, planners must usually apply optimization in a series of cases for different 
future years. Typically, such planning examines only selected years such as +], +2, +3, +5, 
+10, +15, and +20 years ahead. The goal is to produce a smooth, economical, and effective 
schedule of T&D additions over the entire period, with everything added at the last moment 
possible, and everything that is added having long-term value. Approaches to performing a 
multi-year plan differ, there being two overall directions the planning in time can take. 


Forward fill-in 


The planners apply the T&D planning method to the first study year (+1) to determine the 
T&D additions required to serve the load growth in that year. From there, they study the 
second year’s planning situation, using the optimization to make any additions required to 
serve that load forecast, for that year, and so forth, working forward to year +20, in each 
case determining what needed to be added in that time-frame. In this way, they “fill-in” a 
schedule of additions on a year-by-year basis for the entire study period. 
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Backward pull-out 


In this approach, planners start with the last year of the study period (e.g, 20 years ahead) 
and plan the T&D system backwards. They use optimization to produce an optimized plan 
for the final year of the plan, identifying what needs to be built sometime in the next 20 
years in order to meet eventual needs. The planners then proceed backwards in time, 
analyzing the +15 year ahead time-frame, then the +10 year ahead time-frame, and so forth, 
to the present, determining what can be pulled out of the long-term plan in each time 
period. In this way they identify a schedule of additions over the 20-year period. This is 
illustrated in Figure 24.16. 

Backward pull-out works best for multi-year planning situations when the planner is 
facing a significant amount of new customer growth, particularly if scattered among several 
diverse locations. Forward fill-in works best for very short-range planning and in cases 
where there is only one or a few load growth locations. In either case, long-term economics 
(present value, levelized cost) must be used to evaluate costs from a decision-making 
perspective, even if year-to-year costs are reported in non-discounted, present dollars. 


Justification Studies in Defense of the Plan 


A valuable use of optimization is for justification studies, which determine the value of a 
particular element of a distribution plan. shows a hypothetical example. A line 
in the new plan (top drawing in the figure) is both expensive and the subject of considerable 
community opposition due to its site. The value of this line segment can be determined by 
performing two additional optimization computations, in addition to those that led to the 
plan itself. 

The savings this segment produces can be identified with one additional optimization run. 
The segment is deleted from the input database (nothing is allowed to be built in this 
location) and the optimization re-run. The optimization will find the “next best’ option. 
Assuming the original plan was optimal, the cost of this new plan will be higher, its margin 
attributable to the savings that the line segment rendered. The value of the line segment is 
its cost plus this margin. 


2001 
FORECAST, 


2010 
FORECAST 


SUBSITE 
Find new 
additions to 
serve load 


SUBSITE 
Delete 2010 
additions not 
needed 


SUBSITE 
Delete 2006 
additions not 
needed 


DISTRIBUTION SYSTEM EXPANSION PLANNING PROCESS 


Figure 24.16 Most optimizations for long-range planning are applied as several single-year steps, in 
reverse chronological order, starting with the horizon year and working backward. 
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Figure 24.17 A justification study. The value of a controversial element in a completed least-cost 
feeder plan (top), in this case a trunk down a busy street (dotted line, top drawing) can be determined 
by deleting it from options available in the optimization’s database and re-solving. The optimization 
re-structures the feeder and re-sizes a good number of segments, creating what is essentially the “next 
best plan” (bottom). Comparison of the costs for the two plans establishes that the line segment in 


question saves a net $305,000. Adding that to its cost ($290,000) provides an estimate of its value, a 
total of $585,000. 
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Producing a Plan that Has a Certain Element or Feature 


Often planners may want to produce a design that includes a specific element, e.g., to force 
the optimization to use a certain substation site, or build a feeder system that includes a 
specific line segment. Optimization can be forced to produce a plan using a specific element 
by setting the performance index penalty (usually cost) for that particular element to zero. 

For example, if planners desire a plan that includes a 100 MVA substation at the 12th of 
25 candidate sites shown in [Figure 24.3, the input to the substation planning program being 
used can be given a cost of zero for a 100 MVA substation at that site. The optimization, 
whose goal is to reduce cost, will use this substation (since it costs nothing) in lieu of or in 
combination with other options (all of which have a cost). The resulting plan both includes 
the 100 MVA substation and makes the maximum possible use of it. Planners have to add 
into the resulting plan the substation’s cost, but they have their “best plan using this site” 
complete at that point. 


24.6 CONCLUSION AND SUMMARY 


Automated planning tools can provide considerable help in both reducing the time involved 
in and improving the ultimate result of the T&D planning process. However, while good 
automated planning methods do reduce labor and time requirements, they increase the 
amount of skill and focus required of planners. [Table 24.2] summarizes key points made in 
this chapter. The rest of this section provides a list and brief commentary on key 
recommendations for planners using optimization or automated methods. 


Doing Nothing Should Always Be an Option 


One of the most serious mistakes made by many planners is to assume that the best 
alternative involves doing something. Occasionally, it is both less expensive and better to 
delay any commitment or changes in the T&D system — to do nothing. Even when this is 
not the case, “nothing” should always be included as an option in all automated planning 
studies. The analytical tools can be set up to show the performance, reliability, or cost 
implications of “doing nothing.” In this way the planners explicitly show why “doing 
something” is necessary, and begin the case for their recommended option — that it violates 
criteria or requirements or that some other option delivers better overall economy. 


Maximize Use of “Self-Documenting” Methodology 


One advantage of good automated tools in combination with good planning procedures is 
that the combination will be essentially self-documenting, preserving an electronic “paper 
trail” of study database, cases, and results that documents the planners’ efforts and justifies 
their conclusions. Documentation is a key part of planning, and the automation of this 
aspect of the work both improves quality and reduces labor requirements. Planners should 
seek to make as much use of this capability as possible. Documentation is important, but it 
is not worth tying up highly skilled resources when it can be accommodated through a 
largely automatic means. 


Use Automated Planning Methods Consistently 


Automated planning methods standardize and streamline the planning process; improve 
planning credibility and documentation and justify plans; reduce labor required; and 
improve the quality of the resulting plans. By any standard then, automated planning tools, 
at least good ones, are useful. They should be used. However, they need to be used 
consistently — on all studies and in the same manner each time. Alternatively, if the method 
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Table 24.2 One-Page Summary of Chapter 24 


Decision support tools help utility planners select from among the available alternatives for the future 
distribution system layout, expansion scheduling, and operation. 


Three functional steps make up the bulk of the planning process: (1) identifying alternatives, (2) 
evaluating them against criteria, and (3) selecting the best alternative to maximize the attribute(s). 


Optimization methods are numerical or non-numerical procedures (algorithms) that essentially 
replicate the three functional steps involved in planning in an automated procedure that chooses the 
best alternative based on some numerical measure (performance index). , 


Optimization methods involve some “trick” — a clever or resourceful way of ordering the search 
process to greatly shorten the process of finding the best alternative from among millions. 


Optimization’s complex mathematics programming hide the often overlooked fact that they are 
always simple in concept. 


Many different types of qualities of optimization method exist. There is no best method for all 
situations. 


Some optimization methods don’t really optimize well and are not effective tools for distribution 
planning. 


“New” optimization methods may not be better than existing methods. Many papers on new 
optimization methods are purely academic, proving little more than that a new or different method can 
solve a problem as well as older, proven methods. 


Selecting an optimization method nearly always involves compromise among conflicting goals for 
the planning process, such as simplicity of use versus comprehensive analysis, computation speed 
versus accuracy, etc. 


The ability to handle constraints is an important quality in determining if an optimization method is 
appropriate to a problem. Often the value of a particular optimization method will be in the way it 
provides an automatic method of finding ways to work around constraints (e.g., re-route feeders 
around limits on rights of way). 


A good optimization tool is capable of scanning or considering to the extent needed all possible 
permutations or variations automatically, in the course of its identification of the “best” alternative. 
Methods that do not do this prove undependable in day to day use. 


Implicit siting and routing is used in most T&D optimization methods. They determine optimal 
sites and routes implicitly, by assigning “zero capacity” to all candidate sites and routes that are not 
desirable, except the selected “best” site or route. 


Automated feeder planning tools are most effective if they can deal simultaneously with layout, 
switching, and line size. The requirement to address switching means that the method must analyze a 
group of feeders simultaneously (as discussed in Chapters 14 and 15) 


Automated substation planning tools are most effective if they consider location and size of 
substations in relation to one another as well as their impact on feeder system costs and performance. 
As discussed in Chapters 15-18, the feeder system costs more than the substation level, yet substations 
materially affect feeder system character. Therefore, a substation optimization routine that ignores 
feeder-level implications of changes in substation level design is of little value. 


Maps of “unserved energy” or “high cost service areas” are useful tools for display of optimization 
results to show planners the limitations of their designs and the implications of their system 
constraints. 


Lifetime value and lifetime cost can be balanced in an anaysis to maximize equipment utilization. 
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is not justifiable in every case, planners need to set up an unambiguous process with tight 
criteria for when what method will be used and document that in every case. 


Identify Goals and Needs Prior to Selecting a Tool 


Planners should explicitly study and document their goals and needs, and wnte down a 
prioritized list of their needs before picking a method, gathering data, or even setting a 


budget (Chapters 6} bo and|24). This list should be used to evaluate potential planning tools. 
Focus on the Planning, Not the Tools or the Computers 


Planners must remember that their job is to produce good plans, effectively and at low cost, 
and not necessarily to use advanced or exotic computer and mathematical methods. They 
should not let the quest for advanced technology, or often convoluted information systems 
requirements, drive the tool selection process. 


Long-Range Planning Tools Nearly Always 
Need to Use the Systems Approach 


Most planning tools that look at the long term also need to have a wide span of 
consideration within the system, looking at more than the equipment concerned but instead 
addressing both its performance and how it interacts with the system around it. Many T&D 
planning tools need to assess the interaction of electrical and economic performance 
between the subtransmission, substation, and feeder levels of the system. Exceptions are 
certain distribution generation (DG) planning situations where only the device needs to be 
considered, but its lifetime costs must be evaluated. (Even these situations can be rare, as 
many DG cases must look at the T&D system to which the generator is tied in order to 
assess its long-term economic viability) 


Long-Range Planning Tools Must Evaluate the Time Value of Money 


The purpose of long-range planning is to study the long-term economics of new capital 
investments. Whether called present worth analysis, net present value analysis, levelized 
costing, or future versus present cost analysis, a method of comparing future versus present 
costs must be included in any long-range analysis if it is to be effective ae and 


28). Methods must apply time-value of money computations to both costs and benefits 
when prioritizing on the basis of benefit/cost ratios (seelection 5. 
Read and Learn from Past Experience 


The results of decades of work and experience by dozens of planners are available to 
anyone who is willing to do a little library or internet research. 


Don’t Re-Invent Existing Methods 


Many proven tools exist for every step in the T&D planning process, tools with the 
advantage of prior testing, documentation, and acceptance. Developing computer programs 
and new algorithms is fun, but it doesn’t produce a plan and it is a waste of resources. 


“New” Algorithms May Be No Better than Older Ones 


A new optimization method may be the subject of intense publication in technical journals 
for several years after it is invented, simply because it is a new optimization approach, and 
researchers want to study it and report their findings (that is how professors and researchers 
make their living). Many times the conclusions of such publications are “the new method 
works just about as well as older methods, but no better.” Planners should ask what the 
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new method does that existing algorithms, programs or methods cannot: there should be a 
compelling reason to switch to a new method instead of using a time-tested one. 


Be Realistic about Expected Savings 


A reduction in labor and time to complete plans of from 10% to 20%, along with a 3 to 8% 
savings in overall system costs (Figure 24.15) ts realistic but at the top end of what is 
attainable — expectations of reductions beyond those values are not. 


Expect to Work Hard 


Optimization provides a useful tool to improve planning, but it does not do the planner’s 
job. Planners can expect their work to be more challenging, for a number of reasons. First, 
automated planning tools reduce the amount of time spent on repetitious tasks required in 
“manual” planning, meaning that the amount of decisions and “interesting” situations that 
develop, as a percent of the planners time, increases. Optimization also permits, in fact 
almost drives, planners to wring more performance out of a system and trim margins and 
costs, which increases the importance of attention to detail, consistent use of good 
judgment, and sound decision-making. For all these reasons, the use of 
automated/optimization tools means that although there is less labor involved in planning, 
there is more need for talent, skill, and focused work. 
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T&D Load Forecasting Methods 


25.1 SPATIAL LOAD FORECASTING 


In order to plan an electric power delivery system, the T&D planner must know how much 
power it will be expected to serve, and where and when that power must be delivered. Such 
information is provided by a spatial load forecast, a prediction of future electric demand 
that includes location (where) as one of its chief elements, in addition to magnitude (how 
much) and temporal (when) characteristics. The spatial forecast depicted in|Figure 25.1] 
shows expected growth of a large city over a 20-year period. 

Growth is expected in many areas where load already exists — facilities in those areas 
may need enhancement to higher capacity. Growth is also expected in many areas where no 
electric demand currently exists. There, the utility will need to install new equipment and 
facilities. Equally important, growth will not occur in many other areas — facilities built 
there would be wasted. And in a minority of areas, peak electric demand may actually 
decrease over time, due to numerous causes, particularly deliberate actions taken by the 
utility or its customers to reduce energy consumption (Demand Side Management, DSM). 

Effective planning of the T&D system requires that such information be taken into 
account, both to determine the least-cost plan to meet future needs and in order to assure 
that future demand can be met by the system as planned. 


Small Area Forecasting 


Geographic location of load growth is accomplished by dividing the utility service territory 
into small areas, as shown in|Figure 25.2| These might be irregularly shaped areas of 
varying size (the service areas of substations or feeders in the system) or they might be 
square areas defined by a grid. The forecasts shown in Figures 25.1 and|25.3] were 
accomplished by dividing the municipal utility service territory into 60,000 square areas, 
each 1/8 mile wide (10 acres). 


A Series Including Interim Years 


Usually T&D planning is done on an annual peak basis, the planners forecasting and 
planning for the annual peak demand in each year. This usually consists of detailed, year- 
by-year expansion studies during the short-range period and plans for selected years in the 
long-range period (with results interpolated for years in between). A typical set of planning 
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Load in new areas increase in density 


Figure 25.1 Maps of peak annual demand for electricity in a major American city, showing the 
expected growth in demand in a 30 x 30 mile square region during a 20-year period. 
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Figure 25.2 Spatial load forecasts are accomplished by dividing the service territory into small areas, 
either rectangular or square elements of a uniform grid (left), or irregularly shaped areas, perhaps 
associated with equipment service areas such as substations or feeders. 
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Figure 25.3. Generally, a spatial load forecast produces a series of “load maps” representing annual 
peak load on a small area basis, for a select set of future years. 
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periods might be 1, 2, 3, 5, 7, 10, 15, 20, and 25 years ahead. This set of forecast years 
accommodates the short-range planning needs, which must distinguish growth from year to 
year during the lead time period, and long-range planning needs, which require less timing 
and more long-term vision on eventual development. To accommodate this need, a T&D 
forecast generally produces a series of spatial peak load forecasts of selected future years, 


as shown in|Figure 25.3 
25.2 LOAD GROWTH BEHAVIOR 


Two Causes of Load Growth 
Peak demand and energy usage within an electric utility system grow for only two reasons: 


1. New customer additions. Load will increase if more customers are 
buying the utility’s product. New construction and a net population 
in-migration to the area will add new customers and increase peak 
load. With more people buying electricity, the peak load and annual 
energy sales will most likely increase. 


2. New uses of electricity. Existing customers may add new appliances 
(perhaps replacing gas heaters with electric) or replace existing 
equipment with improved devices that require more power. With 
every customer buying more electricity, the peak load and annual 
energy sales will most likely increase. 


There are no other causes of load growth. Similarly, any decrease in electric demand is 
due to reductions in either or both of these two factors. Regardless of what happens to the 
load or how one looks at load growth or decline, change in one or both of these two factors 
is what causes any increase or decrease in peak and energy usage. 

The bulk of load growth on most power systems is due to changes in the number of 
customers. North American electric utilities that have seen high annual load growth (5% or 
more) have experienced large population increases. Houston in the 1970s, Austin in the 
1980s, and the Branson, Missouri area in the 1990s all experienced annual increases in peak 
load of 5% or more, due almost exclusively to new customers moving into the service 
territories. 

Load growth caused by new customers who are locating in previously vacant areas is 
usually the focus of distribution planning, because this growth occurs where the planner has 
little if any distribution facilities. Such growth leads to new construction and hence draws 
the planner's attention. 

But changes in usage among existing customers are also important. Generally, increase 
in per capita consumption is spread widely over areas with existing facilities already in 
place, and the growth rate is slow. Often this is the most difficult type of growth to 
accommodate, because the planner has facilities in place that must be rearranged, 
reinforced, and upgraded. This presents a very difficult planning problem. 


Load Growth at the Small Area Level 


When viewed at the small area basis, electric load growth in a power system appears 
different than when examined at the system level. This phenomenon is fundamental to 
distribution load studies, affecting all types of forecasting methods, whether grid-based or 
equipment-oriented, and regardless of algorithm. 

Consider the annual peak electric load of a utility serving a city of perhaps two million 
population. For simplicity's sake, assume that there have been no irregularities in historical 
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Figure 25.4 Annual peak load of the large, example city discussed here, over a 50-year period is 
relatively smooth and continuous when irregularities due to weather and economic cycles are 
removed. 


load trends due to factors such as weather (i.e., unusually warm summers or cold winters), 
the economy (local recessions and booms), or utility boundary changes (the utility 
purchases a neighboring system and thus adds a great deal of load in one year). This leaves 
a smooth growth curve, a straight line that shows continuing annual load growth over a long 
period of time, as shown in Figure 25.4. 

When divided into quadrants, to give a slight idea of where the load is located, the city 
will still exhibit this smooth, continuous trend of growth in each quadrant. The total load 
and the exact load history of each quadrant will be slightly different from the others, but 
overall, each will be a smooth, continuous trend, as shown py SEE 

Subdivide again, dividing each quadrant into sub-quadrants, and examine the “load 
history” of each small area once more, looking for some typical pattern of behavior. Again, 
the resulting behavior is pretty much as before. The typical sub-quadrant has a long-term 
load history that shows continuing growth over many years. 

If this subdivision is continued further, dividing each sub-quadrant into sub-sub- 
quadrants, sub-sub-subquadrants, until the city is divided into several thousand small areas 
of only a square mile each, something unusual happens to the smooth, continuous trend of 
growth. Each small area has a load history that looks something like that shown in 
an S curve, rather than a smooth, long-term steady growth pattern. The S curve 
represents a history in which a brief period of rapid growth accounts for the majority of 
load. 

When analyzed on a small area basis, there will be tens of thousands of small areas, and 
every one will have a unique load growth history. Although every small area will vary 
somewhat, the typical, or average, growth pattern will follow what is known as an S curve — 
a long dormant period, followed by rapid growth that quickly reaches a saturation point, 
after which growth is minimal. The S curve, also called the Gompertz curve, is typical of 
small area, distribution-level load growth (EPRI, 1979). Each small area will differ slightly 
from the idealized, average behavior, but overall the S curve shown in Figure 25.6 
represents load growth behavior at the distribution level very well. 
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Figure 25.5 Dividing the city into four quadrants and plotting the annual peak load in each results in 
a set of four growth curves, all fairly smooth and showing steady growth. 


MAP of CITY HISTORICAL LOAD TREND 
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Figure 25.6 Example of the typical growth behavior of a mile-square small area within the city. Once 
divided into “small enough” areas, growth in any region will display this characteristic. The 640-acre 
area experiences almost no growth for many years, then a period of rapid growth that lasts only a 
decade or slightly more will “fill it in.” 
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The S curve has three distinct phases, periods during the small area's history when 
fundamentally different growth dynamics are at work. 


Dormant period. The time “before growth” when no load growth occurs. The 
small area has no load and experiences no growth. 


Growth ramp. During this period growth occurs at a relatively rapid rate, because 
of new construction in the small area. 


Saturated period. The small area is “filled up” — fully developed. Load growth 
may continue, but at a low level compared to that during the growth ramp. 


What varies most among the thousands of small areas in a large utility service territory 
is the timing of their growth ramps. The smooth overall growth curve for the whole 
25.4) occurs because there are always a few, but only a few, small areas in this rapid state 
of growth at any one time. Seen in aggregate - summed over several thousand small areas 
— the “S” curve behavior averages out from year to year, and the overall system load curve 
looks smooth and continuous because there are always roughly the same number of small 
areas in their rapid period of growth. 

This explanation should not surprise anyone who stops to think about how a typical city 
grows. It began as a small town, and grew outward as well as upward: most of its growth 
occurred on the periphery — the suburbs. The average small area's “‘life history” is one of 
being nothing more than a vacant field until the city's periphery of development reaches it. 
Then, over a period of several years, urban expansion covers the small area with new 
homes, stores, industry, and offices, and in a few years the available land is filled — there 
was only so much room. Then growth moves to other areas, leaving the small area in its 
saturated period. Growth patterns in rural areas are similar, merely occurring at lower 
density and sometimes over slightly longer S periods. 

Of course, the actual characteristics of growth are not quite this simple. Often growth 
leapfrogs some areas, only to backtrack later and fill in regions left dormant. Sometimes a 
second S growth ramp occurs many years later, as for example when an area that has been 
covered with single family homes for several decades is suddenly redeveloped into a high 
rise office park. 

However, the S curve behavior is sufficient to identify the overall dynamics of what 
happens at the distribution level. Examining this in detail leads to an understanding of three 
important characteristics of growth. 


1. The typical S curve behavior becomes sharper as one subdivides the service 
territory into smaller and smaller areas. The average four square mile area in a 
city such as Denver or Houston will exhibit, or will have exhibited in the past, a 
definite but rather mild S curve behavior of load growth, with the growth ramp 
taking years to fill in. The average growth behavior at one-square-mile resolution 
will be sharper — a shorter growth ramp period. The average, typical load growth 
behavior will be sharper still at 160 acres (small areas 1/2 mile wide), and so 
forth, as shown in The smaller the small areas become (the higher 
the spatial resolution) the more definite and sharper the S curve behavior, as 
shown in the figure. 

Carrying the subdivision to the extreme, one could imagine dividing a city 
into such small areas that each small area contained only one building. At this 
level of spatial resolution, growth would be characterized by the ultimate S curve, 
a step function. Although the timing would vary from one small area to the next, 
the basic life history of a small area of such size could be described very easily. 
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Figure 25.7 As small area size for the load growth analysis is decreased, the average small area load 
growth behavior becomes more and more a sharp S curve. Quantitative behavior of this phenomenon 
depends on growth rate, demographics, and other factors unique to a region, and varies from one 
utility to another. Qualitatively, all utility systems exhibit this overall behavior: load trend becomes 
sharper as small area size is reduced. Also see the discussion in Chapter 18 with regard to load growth 
behavior and its impact on substation planning (Figure 18.21). 


For many years the area had no load. Then, usually within less than a year, 
construction started and finished (for example's sake, imagine that a house is built 
in the small area), and a significant load was established. For many years 
thereafter, the annual load peak of the small area varies only slightly — the house 
is there and no further construction occurs. 


2. As the utility service territory is subdivided into smaller and smaller areas, the 
proportion of small areas that have no load and never will have any load 
increases. A city such as Phoenix or Atlanta will have no quadrants or 
subquadrants that are completely devoid of electric load. When viewed on a 
square mile basis (640 acre resolution) there will be only a very few 
“completely” vacant areas — a large park or two, etc. But when chopped up into 
acre parcels, a significant portion of the total number will be “vacant” as far as 
load is concerned, and will stay that way. Some of these vacant areas will be 
inside city, state, or federal parks; others will be wilderness areas, cemeteries, or 
golf courses; and many will be merely “useless land” — areas on the sides of 
steep mountains and inside flood-prone areas — where construction of homes or 
industry is unlikely. Other vacant areas, such as highway and utility rights-of- 
way, airport runways, and industrial storage areas, are regions where load is light 
and no “significant” load will ever develop. 
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3. The amount of load growth that occurs within previously vacant areas increases 
as small area size is decreased. When viewed at low spatial resolution (i.e., on a 
relatively large-area basis such as on a four by four mile basis) most of the 
growth in a city over a year or a decade will appear to occur in areas that already 
have some load in them. But if a city or rural region is viewed at higher spatial 
resolution, for example on a ten acre basis, then a majority of new customer 
growth over a decade occurs in areas that were vacant at the beginning of the 
period 


Thus, as spatial resolution is changed, the character of the observed load growth 
changes, purely due to the change in resolution. At low resolution (i.e., when using “large” 
small areas) load growth appears to occur mostly in areas that already have some load in 
them, as steady, long-term trends, and few if any areas are or will remain vacant. Such 
steady, omnipresent growth is relatively easy to extrapolate. 

However, if this same situation is viewed at high spatial resolution, most of the growth 
appears as sharp bursts, lasting only a few years. Many small areas have no load, and the 
majority of load growth will occur in such vacant areas, yet not all vacant areas will 
develop load — some will stay vacant. This type of behavior is relatively difficult to trend 
because it occurs as brief, intense growth, often in areas with no prior data history from 
which to project future load. 

The reader must understand that the three phenomena discussed above occur only 
because the utility service territory is being divided into smaller areas. By seeking more 
spatial information (the “where” of the distribution planning need) by using smaller areas, 
the planner changes the perspective of the analysis, so that the very appearance of load 
growth behavior appears to changes. High spatial resolution (very small area size) makes 
forecasting load a challenge, calling for forecasting methods unlike those used for “big 
area’ forecasting at the system level. 


25.3 IMPORTANT ELEMENTS OF A SPATIAL FORECAST 
Forecasting Accuracy 


Accuracy is naturally a concern in any forecasting situation particularly in the short-range 
planning time-frame. To determine how well a particular load forecast satisfies T&D needs, 
it is necessary to determine how well it answers the “where,” “how much,” and “when” 
requirements of planning. A forecast or plan can be entirely correct as to amount and timing 
of growth and yet lead to major inadequacies and unsound economies purely because it 
expends its resources in the wrong places — it forecasts the “where” wrong. 

Since “where” is such an important aspect of T&D planning, it might be useful to 
evaluate mistakes in meeting planning requirements by measuring error in terms of distance 
(location) rather than magnitude (kVA). Suppose a particular forecast method has an 
average locational error of 1/2 mile when forecasting load growth five years ahead — on 
average it location of new growth by 1/2 mile from where it eventually develops. Such an 
error statistic would tell a planner something useful about the forecast method: An error of 
one-half mile would not dramatically impact substation planning (substation service areas 
are generally about 20 square miles), it would be useless for detailed feeder segment 
planning, where the average service area is roughly 1/2 mile’. 

The concept of locational error is quite important. It can provide powerful intuitive 
insight into developing quality distribution plans. Its quantitative application can be useful 
in evaluating planning methods, risk, and multi-scenario sensitivity. 
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Figure 25.8 Existing T&D facilities in a 27-square-mile area will be intolerably overloaded when 
the peak load reaches 47 MVA (dotted line), and a new substation must be added, costing $6,500,000. 
A year's delay in this expense means a present worth savings of $500,000, but delaying a year too 
long means poor reliability and customer dissatisfaction. Therefore, accuracy in predicting the timing 
of growth — in knowing which of the three trends shown above is most likely to be correct — is 
critical. 


Yet location error is only one aspect of error, equally important as magnitudinal error 
(mistakes in forecasting amount). Ideally, T&D forecast accuracy should be evaluated with 
an error measure that simultaneously evaluates the impact of locational and magnitudenal 
mismatches as they relate to T&D planning needs. Such error measures, called the U, 
measures, involve considerable mathematical manipulation, but are simple in concept 
(Willis, 1983). They compute on the basis of a series of tests of a forecasting or planning 
method a single-valued error metric which is proportional to the percentage of the T&D 
planning budget those errors are likely to “mis-allocate.” Most forecasting methods fall 
between 71-45% in forecasting ten years ahead, so there is an incentive to evaluate them 
carefully. 


Short-Range and Long-Range Forecasting 


Chapter 26] discusses short- and long-range time periods and planning, and the fact that 
there are far different planning needs within each of those two time frames. Not 
surprisingly, the short- and long-range periods have drastically different forecasting needs. 

As will be described in Chapter 26, short-range planning is motivated by a need to reach 
a decision, to commit to a particular installation or type of construction, and to do so at the 
lead time. Letting the lead time for additions slip past without making appropriate plans is 
perhaps the worst type of planning mistake. Therefore, what is needed most in short-range 
planning is a reliable “alarm” about when present facilities will become insufficient, as 
shown in Figure 25.8. 

Long-range planing needs are somewhat different. No commitment needs to be made to 
the elements in a long-range plan, so timing is less important than in short-range planning. 


' The original technical paper (Willis, 1983) provides a good discussion, but perhaps the best 
discussion of theory and application is in chapter five of Spatial Electric Load Forecasting, Second 
Edition, H. L. Willis, Marcel Dekker, 2002. 
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Figure 25.9 Long-range planning requirements are less concerned with “when” and more sensitive 
to “how much will eventually develop.” The three forecasts shown here, all for the same substation 
area, lead to the conclusion that the new substation is needed in five years, but would lead to far 
different conclusions about how short-range commitments can match long-range needs. 


Since the long-range plan evaluates whether and how well short-range commitments fit 
into long-range needs, capacity and location are more important than timing. Unlike short- 
range planning, long-range T&D planning requirements for a spatial load forecast are 
oriented less toward “when” and more toward “how much,” as shown in Figure 25.9. For 
long-range planning, knowing what will eventually be needed is more important than 
knowing exactly when. The chief reason for the multi-forecast approach is that it is often 
impossible to predict some of the events that will shape the location of long-range 
distribution load growth. In such cases, the planner is advised to admit that these factors 
cannot be forecasted, and to run several “what if’ studies, analyzing the implications of 
each event as it bears on the distribution plan. This is called multiple scenario forecasting. 


Multiple Scenario Forecasting 


The locational aspect of electric load growth is often very sensitive to issues that simply 
cannot be predicted with any dependability. As an example, consider a new bridge that 
might be planned to span the lake shown to the northwest of the city in|Figure 25.10] and 
the difference it would make in the developmental patterns of the surrounding region. That 
lake limits growth of the city toward the northwest. People have to drive around it to get to 
the other side, which is a considerable commute, making land on the other side unattractive 
as compared to other areas of the city. As shown in Figure 25.10, if the bridge is completed 
it will change the pattern of the city's load growth, opening up new areas to development 
and drawing load growth away from other areas. The reader should make note of both the 
bridge’s impacts: it increases growth to the northeast, and it decreases growth in the 
eastern/southern portions of the system. 

But the construction of this new bridge might be the subject of a great deal of political 
controversy, opposed by both environmentalists concerned about the damage it could cause 
to wilderness areas and by community groups who believe it will raise taxes. Modern 
simulation forecasting methods can accurately simulate the impact such a new bridge will 
make on load growth, forecasting both of the “with and without” patterns shown in Figure 
25.10. But these and other forecasting methods cannot forecast whether the bridge will be 
built or not. 
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Figure 25.10 Left, the central area of the forecast shown in with the lake to the 
northwest of the city standing as a barrier to growth in that direction. At the nght, a new bridge spans 
that lake, bringing areas on the other side into close proximity to downtown and drawing growth away 
from the southeast and east sides of the system. 


A future event that causes a change in the amount or locations of growth is called a 
causal event. Very often, critical causal events such as the bridge discussed above simply 
cannot be predicted with any reliability. A decision to lower taxes in the inner core of a 
large city, in order to foster growth there and avoid “commercial flight” to the suburbs, is a 
similar case. Other situations might be a major new factory or large government facility, 
announced and planned, but still uncertain as to exact location and timing within the utility 
service territory. 

In such situations the planner may be better off admitting that he cannot forecast 
accurately the causal event(s), and do “what if’ planning to determine the possible 
outcomes of the event. By doing multiple-scenario forecasts that cover the variety of 
possible outcomes, the planner can alert himself to the consequences of such unpredictable 
events. At the very least, he can then watch these events with interest, against the day a 
decision must be made, knowing what impact they will have and having an idea how he 
will respond with changes in his plan. Hopefully though, he can rearrange those elements of 
his plan that are sensitive to the event to minimize his risk, perhaps pushing particularly 
scenario-sensitive elements into the future and bringing forward other, less sensitive items. 

In the example shown in Figure 25.10, the net impact of the bridge is to shift growth 
from the east and south areas of the city to the area west of the lake. Either way, the same 
total amount of growth will occur, and three new substations will be needed by the year 
2012. However, their locations differ depending on the outcome. If the bridge is completed, 
load growth will move outward past the lake. One substation will be needed there and only 
two, not three, will be needed further in toward the city. 

The challenge facing the planner is to develop a short-range plan that doesn't risk too 
much in the event that one eventuality or the other occurs. He must develop a short-range 
plan that can economically “branch” toward either eventuality — a plan with recourse. Such 
planning is difficult, but not impossible. The role of multi-scenario forecasting is not to 
predict which outcome will develop (that is often impossible) but to show the planner what 
might happen and provide a foundation for analysis of risk among different scenarios. The 
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multi-scenario approach, leading to the development of a plan with the required amount of 
recourse built into it, is the heart of modern distribution planning, and is discussed in 
Chapter 14 


Spatial Versus Just Small Area Forecasting 


Any forecast done for T&D planning must apply some form of the small area approach, 
even if it is merely an implicit “geographic” assumption that all areas will grow at the same 
average rate as the system forecast. Spatial forecasting methods are a subset of small area 
methods, in which the forecast of each area is coordinated ~ made consistent with all 
assumptions and method — with that for all other areas. This improves both forecast 
accuracy and applicability. While all spatial forecast methods are small area methods, some 
approaches that utilize the small area approach are not spatial methods. 


Representational Accuracy 


A load forecast — spatial or otherwise — is not an attempt to forecast future load most 
accurately. Forecasts designed to support good planning often contain biases meant to 
improve the planning process, and thus they are not attempting to forecast future load with 
minimum error. 

As an example, consider weather normalization of forecasts and data. If a forecast of 
future load were an attempt to project peak load as accurately as possible, weather 
normalization would adjust the forecast to average (most likely) annual peak day 
conditions. Yet typically, forecasts for electric system planning are normalized to “worst 
weather expected in ten years” or similar weather-related criteria used in planning (i.e., 
hottest summer, coldest winter). 

This is done because the power system is not designed to “just get by” under average 
conditions, but instead to “just get by” under the harshest conditions that are reasonably 
expected every ten years. The forecast is used to predict load under these weather 
conditions, which are not the most likely, but which will occur with enough frequency to be 
important. On average, such weather will develop only one year in ten, so that on average, 
the forecast will be high nine years out of ten. There are several methods to do weather 
normalization, covered elsewhere (Willis, 2002; see also Chapter 27,|section 27.2) 

In addition, the ability to show how the forecast may vary as assumptions about future 
conditions are changed — a multi-scenario capability — is useful in all long-range planning, 
and essential in some situations. The key is to be able to represent the conditions under 
which growth and load occur. 

The author refers to the types of accuracy needed for planning described here as 
representational accuracy ~ a forecast's ability to represent load growth under the 
conditions needed for planning criteria and goals. A forecast method must be judged 
against such planning forecast needs, not actual load development. Statistics and error 
measures that evaluate a forecast method's accuracy directly against actual load are useful, 
but do not measure its ultimate value as a planning tool. What is most important is if it can 
represent accurately load under conditions that are specified as part of the T&D planning 
scenario and criteria. 


Coordination with the Corporate Forecast 


Almost all utilities maintain a division or group within the rates department whose sole 
function is to forecast future sales and revenues, usually by application of comprehensive 
econometric models to customer and historical sales data. Regardless of how it is 
performed, this activity produces the forecast of most interest to the company’s executives — 
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the forecast of future revenues on which budgeting and financial planning are based. All 
forecasts used for electric system planning must be based upon or corrected to agree with 
this forecast. There are several reasons for this recommendation. 

First, based on the spatial forecast and subsequent steps in the planning process, the 
T&D planners will ask their executives to commit future revenues to T&D expenses. The 
executives have a right to expect that the forecast and plan that is telling them they must 
spend money (T&D planning forecast) is based upon the same assumptions and growth as 
the forecast that tells them they will have that money to spend (revenue forecast). Second, 
most rate and revenue forecasts of customer count, energy sales, and peak loads for the 
system as a whole are as accurate as anything the T&D planners could produce themselves. 
Why re-do all that work? 

However, it is important to bear in mind that the rate and revenue forecast was 
developed under a different set of representational goals and within a different context. 
Adjustment of its values to account for coincidence of area peaks, differences in weather 
correction requirements, and other similar factors may be necessary. Such adjustments are 
valid if they are fully documented and can be justified. 


Forecast of Magnitude in Space and Time 


The amount of future peak load is the primary forecast quantity for T&D planning. 
Locations of this demand are important in order to determine the sites and routes for 
facilities; timing is important in order to determine the required schedule of additions. T&D 
equipment must meet peak demands on a local basis, not just satisfy average demand. 
Therefore, a spatial forecast must project expected peak demands in each small area 
throughout the system. 


Spatial Analysis Requirements 


The amount of “where” information, or spatial resolution, in a forecast must match the 
T&D planning needs: Locations of future load growth must be described with sufficient 
geographic precision to permit valid siting of future T&D equipment. Regardless what 
type of small areas are used (Figure 25.2}, they must provide the required spatial resolution. 
Reliable location of load to within ten-square-mile areas might be sufficient for a particular 
planning purpose. Then again, another might require location of future load to within 
1/2-square-mile (160 acre) areas. There are analytical methods that can determine the 
required spatial resolution based on T&D equipment characteristics and load densities 
(Willis, 1983 and 2002). 


Coverage of the Entire Region 


While T&D planning applications might require forecasts only for high growth areas where 
augmentation or new construction will be required, a small area forecast of the entire 
service area is recommended. First, this permits the multitude of small area forecasts to be 
summed and compared to statistics on the total system — a reasonable way to check against 
the rate and revenue forecast. Second, a spatial forecast that covers the entire service 
territory is a step toward assuring that nothing is missed in the utility's T&D planning: 
growth doesn't always occur where expected, and a system-wide small area forecast often 
catches trends before they become apparent. In addition, some of the best (most accurate, 
most flexible) spatial forecasting methods work only when projecting the growth of all 
small areas over a large region: they will cover the entire service area even if only a portion 
is of interest. 
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Table 25.1 Characteristics of Spatial Load Forecasting Methods Used in T&D Planning 


Characteristic Percent of utilities applying 
Forecast annual peak 100% 
Forecast off-season 60% 
Forecast total annual energy 66% 
Forecast some aspects of 
load curve shape (e.g., load factor) 50% 
Forecast peak day(s) hourly load curves 35% 
Forecast hourly loads for more than peak days 25% 
Forecast 8760 hour load curves <1% 
Power factor (KW/kV AR) forecast 20% 
Base forecasts updated - at least every three years 100% 
- at least every year 85% 
- at least twice a year 20% 
Forecast covers period - at least three years ahead 100% 
- at least five years ahead 95% 
- at least ten years ahead 66% 
- at least twenty years ahead 33% 
- beyond twenty years ahead 20% 
Spatial forecast “controlled by” or adjusted to fit corporate forecast 85% 
Forecasts normalized to standard weather, economy 715% 
Customer classes forecast in some manner 35% 
End-use usage forecast on small area basis 20% 
DSM impacts forecast on a small area basis 1S% 
Small area price elasticity of usage forecast 5% 
Customer “value base” (need for reliability) forecast 1% 
Multiple-scenario studies done in some manner 66% 
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Figure 25.11 Trending methods project future load values by trending — extrapolating the long-term 
trend of past load values into the future. 
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Temporal Detail 


Load forecasts for T&D planning must project peak annual demand. In addition, many 
T&D planning situations will require forecasting of seasonal peak loads. Spatial analysis 
often reveals that while the system as a whole has a peak in winter, certain areas peak in the 
summer. For this reason, projecting both summer and winter peak loads is common in 
spatial forecasting. 

Forecast of hourly loads for the peak day (24 hourly load readings for the peak day) may 
be desirable in some cases; it permits analysis of the timing of coincidence of peaks among 
different areas of the system, as well as analysis of the length of time demand expected to 
be at or near peak ~ important where capacity margin is slim. Annual energy (the area 
under the entire 8760 hour annual load curve) is an important additional element, because it 
is useful in determining the economic sizing of equipment — a part of minimizing the 
system cost of losses. Knowledge of the general characteristics of the annual load curve 
shape — in particular its annual load and loss factors — is useful in computing these 
economic capacity targets and for estimating the cost of losses accurately. 

Forecasts done for DSM planning invariably need hourly data for the peak day and 
some off-peak day (or longer) periods, both to identify when the peak occurs as well as to 
help assess how long and how much load must be reduced to make a noticeable impact on 
expected T&D expansion costs. On very rare occasions, as when planning distributed 
generation for local peaking purposes, a forecast for all 8760 hours in the year may be 
required. 


Customer Class Identification 


The type of load (customer class) is often an important factor in T&D planning, particularly 
in any study that involves DSM assessment. Traditionally, basic distinctions of customer 
class (residential, commercial, industrial) have been used by distribution planners because 
they broadly identify the expected load density (kW/acre), load factor, equipment types, 
and power quality issues on an area basis. Spatial forecast methods based on forecasting 
customer type and density have been used since the 1930s and computerized since the 
middle of the 1960s (seelEngellet al., 1992). 

Today many spatial forecasts distinguish among sub-classes within residential 
(apartments, small homes, large homes), commercial (retail, offices by low-rise and hi-rise, 
institutional), and industrial (various classes and purposes), typically using between nine 
and 20 customer classes. 

lists a number of categories that are important in T&D forecasting, along 
with the percentage of utilities where it is an aspect of planning. These values are based on 
the author's experience and opinion and, while approximate, are indicative of general 
requirements and application. 


25.4 TRENDING METHODS 


Trending methods extrapolate past load growth patterns into the future. The most common 
trending method, and the method most often thought of as representative of trending in 
general, is multiple regression used to fit a polynomial function to historical peak load data 
and extrapolate that function into the future. This approach has a number of failings when 
applied to spatial forecasting, and a wide variety of improved methods have been applied to 
extrapolate load for T&D forecasting, some involving modifications to the polynomial- 
regression approach, others using completely different approaches. 
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Trending Using Polynomial Curve-Fitting 


Trending encompasses a number of different forecasting methods that apply the same basic 
concept — predict future peak load based on extrapolation of past historical loads. Many 
mathematical procedures have been applied to perform this projection, but all share a 
fundamental concept; they base their forecast on historical load data alone, in contrast to 
simulation methods, which include a much broader spectrum of data. 

Most utility planners and forecasters are familiar with the concept of curve-fitting — 
using multiple regression to fit a polynomial function to a series of data points so that the 
equation can be used to project further values of the data series. Not surprisingly, this 
technique has been widely used as a distribution load-forecasting method. Generally, it is 
applied on an equipment-area basis (see such as substations or feeders. 

In general, the curve-fit is applied to extrapolate annual peak loads. There are two 
reasons for this. First, annual peak load is the value most important to planning, since peak 
load most strongly impacts capacity requirements. Second, annual peak load data for 
facilities such as substations and feeders are usually fairly easy to obtain — most electric 
utilities maintain readings on maximum feeder, substation bank, and major customer loads 
on an annual basis. 

Consider a planner who has annual peak load data on each of his company's substations, 
going back for the past ten years. He wants to forecast future loads by trending — finding a 
polynomial equation that fits each substation area’s historical load data and then 
extrapolating that equation to project load growth into the future. There are a wide number 
of polynomials that he could use for the curve-fit, but among the most suitable for small 
area load forecasting is the four-term cubic equation, 


aa 2 
L,@ =at+bt+et+d, (24.1) 
= annual peak load estimate 
for substation n for year t 
where n indexes the substation areas, n= 1 to N areas. 


t indexes the year, beginning with t =1 for the first year of 
load history. 


a> D>, d, are the coefficients of the particular polynomial 


for substation n. 


The coefficients that fit this equation to a particular substation's load history can be 
determined using multiple regression applied to the substation’s load history. For each 
substation, n, the technique can find a unique set of coefficients, a,,, b,,, ¢,, d,- 

All the substations could share the same basic equation, but the coefficients will vary 
from one feeder to another, tailoring the equation to each particular substation's load 
history. Alternatively, a forecaster could apply a different equation to each substation: a 
cubic polynomial to one, a second order to another, a fourth order to a third. In the case 
discussed here, multiple regression curve-fitting would begin with a parameter matrix ten 
elements high (for the ten years of data) by four elements wide (for the four coefficients to 
be determined). If the same polynomial equation is being fitted to each substation area, then 
this matrix is constant for all, even though one would determine different coefficients for 
each substation. 


Copyright © 2004 by Marcel Dekker, Inc. 


T&D Load Forecasting Methods 925 


Each column in this matrix is filled with the values of its particular parameter. For 
example, the first column is filled with the values | through 10 (because there are ten years, 
t = 1 to 10) cubed, because the first parameter of the polynomial is a cubic term, t’. The 
second column is filled with one through ten values, squared, since the second parameter is 
a squared term, and so forth. 


i l l | 

8 4 z ] 

27 9 3 1 

64 16 4 ] 

P= 125 25 5 ] 
216 36 6 1 

343 49 7 1 

512 64 8 ] 

729 81 9 ] 

1000 100 10 1 


Substation n’s annual peak loads for the past ten years are placed into a matrix ten 
elements high by one column wide: 


1) 

1,2) 

1,0) 

1,4) 

1,6) 

L.= 16) 
1 

1,(8) 

1,0) 

1 (10) 


The coefficients a,, b d,, that best fit the polynomial to the load history are 


n Sp 
determined by the matrix equation 


1 
GSP Pl) Py, (24.2) 


Once the actual values of the coefficients are determined, they can be used to project 
future load, merely by placing them in equation 11.1, and solving it for values of t greater 
than ten. Solving with a value of t= 11 gives the projected value for the year following the 
last historical data point, t = 12 gives the value for two years beyond, and so forth, 
producing a projection of the future loads year by year. 

Curve-fitting does not necessarily need to use consecutive years of data, either. Going 
back to the original cubic equation, 11.1, suppose that of the ten years of past data, the third 
and fourth year for a particular substation are missing. Those can simply be left out of that 
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substation’s curve-fit analysis. In this case, the L and P matrices must both be changed to 
have eight instead of ten rows. L becomes 


mo 
1,2) 
1,9) 
1,() 
L-= L.@) 
1,8) 
1,9) 
n619) 


and P becomes an 8 by 4 matrix, missing the two rows for years 3 and 4: 


1 l l 1 
8 4 Z 1 
125 25 5 1 
P= 216 36 6 I 
343 49 | 1 
ay be, 64 8 l 
729 81 2 ] 
1000 100 10 l 


The other steps in the calculation remain precisely the same. In order to apply the curve- 
fit to all N substations in a particular utility's service territory, it is necessary to perform 
only this calculation on each substation. A computer program to perform this procedure can 
be quite simple. 


What polynomial Is best? 


In the example given above, a four-coefficient cubic equation was used, but multiple 
regression will work with any polynomial equation, as long as the number of data points 
(years of load history) exceeds the number of coefficients. 

For example, instead of the equation in the earlier example, the equation shown below 
could be used: 


L, (=a, +b, +c,t+d,+e,t7 (24.3) 
in which case five coefficients must be determined in the curve-fitting, not four. The P 
matrix could change, becoming ten by five elements wide, and the coefficient matrix, C, 
will have five elements, instead of four, but otherwise the matrix equation for the solution, 
and any computerized procedure, will be as outlined earlier. 

Any polynomial, with any number of coefficients, can be fit to the historical data, as 
long as the number of data points exceeds the number of coefficients. In all cases, matrix P 
has a number of rows corresponding to the number of years of historical data, and a number 
of columns corresponding to the number of coefficients. 

Regardless of the type or order of the polynomial, the multiple regression method 
determines the set of coefficients that minimizes the fitted equation's RMS error in fitting to 
the historical data points. The RMS error is the sum of squares of the errors between the 
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Figure 25.12 Multiple regression curve-fitting determines a function that passes through the data 
points, minimizing the sum of the squares of the error between the function and the data points. 


equation and the data points, as shown in Figure 25.12. RMS tends to penalize large 
residuals (difference between fitted point and actual point) more than small ones, and thus 
forces any minimization method to find coefficients that may give many small errors but 
few large ones. For example, if the coefficients found for equation 11.3 are 3, 2, 1.5, 4, and 
6, then 


L(t) = 3t? + 217 + 1.5t4+44 6ft (24.4) 


will pass through the data points with minimum RMS error. 

It is important for any user of polynomial curve-fit to realize just what “minimum fitting 
error” means in this context. First, the error is minimized only within the context of the 
particular polynomial being curve-fit— no other set of coefficients will do as well with this 
particular polynomial, but another polynomial, perhaps one with the term t4 substituted for 
t3, might give less fitting error. 

In fact, fitting error can almost always be reduced by using a higher order equation. But 
minimizing fitting error in this manner means nothing in terms of actual forecasting ability, 
as shown infigue 25.13 Forecast accuracy is related to the equation's ability to predict 
future values closely, not pass through past ones. In actual forecasting situations, equations 
with more than four terms generally perform worse than third-order equations such as 
equation 11.1 (see Electric Power Research Institute} 1979,]Mieinkel 1979). 

Beyond this, the reader should note that numerical methods that minimize RMS fitting 
error are popular because they are easy to apply, not because RMS is inherently the best 
error measure to minimize. The use of methods that minimize RMS is so widespread that 
many people are unaware that other fitting measures exist or can be applied. There are 
curve-fitting methods that minimize the sum of the errors (the mean error, not the root mean 
square error) and other fitting error measures.” However, none of these is nearly as easy to 


compute as the standard regression method which minimizes RMS, and some are much 
more involved. Thus, they are seldom used. 


? The author's favorite for many applications is an “R®’ curve-fit method that minimizes only the 
maximum residual -- it solves for the polynomial coefficients that give the smallest possible value for 
the largest value of the residuals. 
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Figure 25.13 A fitted function's ability to pass close to historical data points is no guarantee that it 
will be more accurate than another curve that has a higher fitting error. A high order equation (dotted 
line) fits the historical data shown much better than a third order equation (solid line), but clearly 
provides a poorer forecast. 


How many years of data? 


A considerable body of research has shown that when working with typical distribution 
data and cubic or cubic log polynomials and fitting to only historical data, the most recent 
six years of data give slightly better results than any other historical sample, including 
seven, eight, or more years of data. 


Improvements to Multiple Regression Curve-Fitting 
Trending is poor at high resolution spatial forecasting 


The spatial forecast error associated with a multiple regression polynomial curve-fit ~ or 
almost any trending method for that matter — increases very rapidly as small area size is 
decreased. Trending methods generally do not do well when applied to small area 
forecasting, largely because they cannot handle the S curve growth behavior well. 

Trending has a basic incompatibility regarding small area analysis. In any form in which 
it can be apphed, trending implicitly assumes that the character of the system being 
extrapolated remains the same. If the boundaries of a small area remain the same, if the load 
growth doesn't pass through one or more of the S curves transitions as it grows, then 
nothing changes in the character being extrapolated, and the trending method is valid, and 
gives generally satisfactory results. 

But when the service areas, growth characteristics, or controlling factors change, as they 
often do at the small area level, trending encounters one or more of three problems: 


1) “S” curve behavior is difficult to trend. As described earlier, small area growth 
behavior undergoes two transitions in behavior, from “dormant” to “growing” 
and from “growing” to “saturated.” Both are associated with a major change in 
the slope of the expected growth curve. 


2) When applying trending on a uniform grid basis, typically a good deal of 
growth occurs in “vacant” areas (those without any load history). Without any 
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extrapolatable data from which to work, trending is inaccurate in vonecastinie 
future load growth in such areas. 


3) Service areas may change. If applied on an equipment-area basis, all areas will 
have some history to trend, but historical data may include changes in service 
area due to load transfers. For example, when a new substation is built, its 
service area 1s “cut out” of existing substation service areas by transferring load 
to it, away from its neighbors. This disturbs the historical trends, making 
forecasting difficult. 


These three problems can be partially rectified by using modifications to the basic 
regression based curve-fit approach outlined here. 


Horizon year load data 


Figure 25.14 shows that a polynomial curve-fit to historical data can yield quite different 
results, depending on exactly where in the S curve pattern of load growth the load history 
happens to lie. In many cases, the resulting forecasts obtained by applying curve-fitting at 
the feeder level or below can be truly ridiculous, with negative loads. 

One way to reduce this type of overextrapolation is to use what are called horizon year 
loads — estimated future load values put into the data set to be curve-fit (i.e., treated like the 
historical data). Very simply, these are the planner’s guess at the eventual load level — the 
value that load growth will eventually reach, in another 15 or 20 years. Nothing else in the 
multiple regression method changes. In the computation, the horizon year loads are treated 
exactly like historical data, and the coefficients are determined and the fitted function 
applied precisely as outlined earlier. 

Horizon year estimates improve short-range forecast accuracy considerably, even if the 
estimates are not highly accurate. Long-range accuracy is not improved much by the 
horizon year loads, because long-range values depend mostly on the horizon-year estimates, 
which are random, or judgmental. However, since trending is seldom used for long range 
planning, this is not a serious limitation. Horizon year load estimates are recommended in 
all trending applications. 


ANNUAL PERK LOAD 
ANNUAL PEAK LGAD 
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Figure 25.14 The “S curve” growth behavior seen at the small area level means that trending results 
will be very dependent on how much load history is available. Among the many ways this deficiency 
can be addressed, use of horizon year loads is the simplest effective measure. Here, far different 
forecasts result depending on which of three points (round dots) in the S curve are used as the most 
recent history of load growth. At the right, applying a horizon year load (square dot) improves 
forecasting — while the three trends shown are not highly accurate, they are much better than those at 
the left. 
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Projecting load growth with hierarchical 
vacant area inference curve-fitting 


One of the major problems with trending is that it cannot establish any trend in a “vacant 
area” — one where no load history exists. When faced with this “historical trend” 
extrapolation methods yield only one result, a flat projection whose value remains zero. Yet 
very often development will start in a vacant area and a significant load will develop 
rapidly. (All small grid areas with load in them were vacant at some time in the past). 

This particular problem is encountered in grid-based approaches, but seldom in 
equipment-oriented forecasts. The reason is that in an equipment-oriented forecast there are 
usually no vacant areas — all parts of the service territory are assigned to some substation or 
feeder, even if that area is vacant. Using non-zero horizon load estimates provides a clue to 
trending, indicating that the load in a vacant area is expected to grow eventually, but leads 
to very poor forecasts. The forecast is completely a function of the horizon year load, and 
very sensitive to its value. 

Vacant area inference (VAI), which is based on the simple idea illustrated in 
25.15, can improve trending results in these situations a good deal. In that diagram, one 0 
four neighboring small areas has no load history, and therefore cannot be forecast directly. 
The other three small areas have a load history, and can be trended. The steps in applying 
the VAI in this case are: 


1. Apply trending, with a horizon year load, to forecast each of the three small 
areas that have a load history. 


2. Add the load histories of all four small areas together. Since the vacant area 
has no load history, this is the same as adding the load histories of only those 
three that do. Note that this sum of their load histories is the load history of the 
entire block (all four). 


3. Apply multiple regression to extrapolate the load history sum (this is the sum 
of the load histories of the entire block), using as the horizon year load value 
the sum of all four small area's horizon year loads. The resulting trend is the 
forecast load for the entire block. 


4. Subtract from this “block forecast” the projections for each of the three small 
areas that were forecast in step 1. What remains is the projection for the cell 
with no load history. 


The VAI method results in a reasonable improvement in forecast accuracy over the 
basic trending method when applied to forecasts where a significant amount of growth 
might occur in vacant areas. Equally important, the VAI concept can quite easily be worked 
into a computer program that automatically performs the above steps on all vacant cells in a 
small area grid. The method is a hierarchical top-down procedure, which begins with a 
forecast of the entire service territory, obtained by adding all the small area load histories 
and extrapolating their sum. 

The VAI method then breaks the small area data set into four quadrants, forecasting 
each by adding together the load histories in only that quadrant and extrapolating that 
summed trend. It then subdivides each quadrant by four and repeats the process, and so 
forth. If at any time the method encounters a quadrant or small area with an all-zero load 
history, it applies the four steps above to infer its load history. The method continues 
subdividing by quadrants until it reaches the small area level, at which point it stops. For 


more details see [Willis and Northcote-Green]|(1982). 
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Figure 25.15 Vacant area inference is most easily accomplished as shown here. The vacant area is 
trended in combination with a block of its neighbors that have load histories. The vacant area's 
forecast, corresponding to the shaded area above, is the difference between the two trends obtained by: 
(1) trending the block's load history toward the horizon year load estimates of the three areas that have 
a load history, and (2) trending it toward the sum of all four horizon year loads. The vacant area's 
forecast accuracy is thus quite sensitive to the quality of the horizon year estimates, but in all cases it 
is an improvement over not taking this approach. 
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Figure 25.16 A transfer of load from substation B to its neighbor (map at top of figure) is 
accomplished by switching the service in the area shown from feeders emanating out of substation B 
to feeders served by A, and is done in order to keep peak load at substation B within its capacity limit. 
This transfer impacts the load histories, increasing the load at A (left) and decreasing the load for B 
(right), changes that are intermingled with any load growth. Trending cannot distinguish the cause of 
any change in load — it responds to the changes wrought by the load transfer, treating it as if that 
change should be extrapolated. 
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Load transfer coupling (LTC) 


Most often, trending is applied to equipment-oriented areas, such as feeders or substations. 
In such cases, it is plagued by errors due to load transfers hidden within the historical data, 
as illustrated in[Figure 25.16] The load histories of many feeders and substations in most 
utility systems contain such transfers. This is particularly true in growing areas of the 
system — those areas where accuracy is paramount. Any new feeder or substation has a 
significant load from day one; that load did not simply spring into being on the day the 
substation was put into operation, but instead was transferred to the new facility by re- 
switching loads from neighboring substations or feeders. As a result, both the new 
substation and the neighboring ones have significant switching shifts in their load histories. 
To compound this problem, there may be more than one transfer in the load history of any 
particular substation or feeder. These cause significant forecasting errors, because changes 
in trends due to transfers are treated by extrapolation in exactly the same manner as changes 
due to growth. Historical data for any T&D system is usually rife with load transfers. It is 
often difficult, and sometimes impossible, for the planner to obtain accurate historical data 
on load transfers, and more difficult still to remove them from historical data, to the point 
this is usually not practical.” 

It is possible to solve the multiple regression extrapolation for two or more areas 
simultaneously in a way that identifies the areas as subject to a possible transfer so that the 
extrapolation removes most of the forecast degradation caused by the transfer (Willis et al, 
1984). What is particularly useful with this method, called Load Transfer Coupling (LTC) 
regression, is that it does not need to be given the amount of load that was transferred, or 
even its direction (which area was from and which was to). LTC can be applied as an 
“automatic procedure” that detects and removes load transfers’ impact from a trending 
forecast. Details on its implementation are given elsewhere (Willis, 2002). 


Trending Methods that Do Not Use Regression 


Multiple regression is not the only method of curve-fitting that can be applied to small area 
load forecasting, although it is by far the most widely used (due to its ease of 
implementation, not necessarily any superiority in results). Many other mathematical 
approaches have been applied. Many produce results no better than multiple regression 
curve-fitting. Generally, those that do so gain an improvement through one of two 
approaches, either by forcing all extrapolated curves to have something close to an S curve 
shape, or by using some other trend beyond just load history to help the extrapolation. 


Template matching pattern recognition 


“Template matching” method is a unique S curve extrapolation method that functions 
without curve-fitting or regression. Rather than extrapolate load histories, template 
matching tries to forecast a small area's load by comparing its recent load history to “long- 
past” histories of other small areas. Figure 25-17] illustrates the concept — small area A's 
recent load history (last six years) is similar to the six years of load history that occurred 16 
years ago in small area B. Therefore, small area B's past load growth trend is used in small 


In theory, records are maintained on every load switched, but in practice assembling the data requires 
a great deal of time. Very often the exact load transferred is not recorded, or if available those data are 
of little value. For example, a load switch may have been made in the spring, months before summer 
peak. Operations personnel may have recorded that they transferred 800 kVA between two feeders, 
based on a reading taken at the time. How much load does this represent at peak? 900 kVA? 1000 
kVA? Any estimate is only that, an estimate. 
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Figure 25.17 The template matching concept. Small area A’s recent load history is found to match 
small area B's load history of many years ago. Small area B's load history is then used as the 
“template” for area A's forecast. 


area B. Therefore, small area B's past load growth trend is used as the forecast trend 
(template) for the future of smail area A's load growth. 

Template matching gives no better forecast error than regression-based curve-fitting, 
but has two advantages that are sometimes important: it is very insensitive to missing or 
erroneous data values, and it can be implemented in only 16-bit integer arithmetic with few 
multiply or divide functions. Its only disadvantage is that it requires much longer load 
histories — which is seldom a problem. Its numerical simplicity made it quite popular in the 
mid 1980s, as it was ideally suited to the limited capabilities of the first generation of 
personal computers, such as the original Apple. While it continues to be widely used on 
older PCs by many utilities worldwide, the capability of modern PCs of even modest cost to 
handle large floating point matrix calculations makes its computational advantages 
negligible (Willis and Northcote-Green, 1984). 


Multivariate trending 


In some forms mutlivariate trending does use regression — lots of it — but its major 
difference from other trending methods is its non-regression-based steps. Many trending 
methods attempt to improve the forecasting of electric demand by extrapolating it in 
company with some other trends, such as customer count, gas usage, or economic growth. 
The concept behind multivariate trending is: 


a. Establish a meaningful relation between the variables being trended (e.g., 
electric load is related to number of customers). 


b. Trend both variates subject to a mathematical constraint that links them using 
the relationship established. In this way, the trend in each variate affects the 
trend in the other, and vice versa. 


The larger base of information (one has two historical trends and an identified 
relationship between the two variables, so that the base of information is more than 
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doubled) leads to a better forecast of each variate. Many electric forecasting methods have 
been developed with this approach, and multivariate methods forecast with noticeably 
lower error levels than any type of polynomial curve-fitting to historical peak load data. 
Perhaps the most ambitious and well-documented multivariate method applied to spatial 
forecast was a computer program called “Multivariate” developed as part of EPRI project 
RP-570 (see Plectric Power Research Insitute 1979) 

Despite the accuracy advantage, multivariate trending never enjoyed widespread use. 
First, it never matched the accuracy possible from simulation methods. Second, it does not 
have the numerical simplicity and use of economy of other trending methods, being as 
expensive to apply as any simulation method. 


Geometric and cluster-based curve-fit methods 


Beginning in the mid to late 1980s, research on trending methods turned away from 
multivariate methods, and concentrated on developing improved methods that preserved the 
traditional simplicity and economy of trending while improving forecast accuracy, 
particularly in the short-range T&D planning period (1 to 5 years ahead), where multi- 
scenario capability is not a big priority. This led to a number of trending methods with 
substantially better forecast accuracy than regression-based curve-fit. In fact, the best of 
these methods can match the forecasting accuracy of multivariate approaches, while 
retaining most of the simplicity and economy of operation sought in trending methods. 

Typical of these newer trending methods is the LTCCT forecast method developed by 
the author and two colleagues (see 1992). LTCCT (Load 
Transfer Coupled Classified Trending) combines geometric analysis, LTC regression, 
template matching, clustering, horizon year loads, and regression-based curve-fitting in one 
algorithm. Several other trending methods have been developed with similar 
“combinations” of regression, clustering, and template matching, and give similar 
performance improvements. All give roughly equivalent results. Figure 25.18 compares this 
method's forecast accuracy with several others 
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Figure 25.18 Relative accuracy of various trending methods in forecasting feeder-level capacity 
needs, as a function of years into the future from a utility in the southern United States, 1985 to 1995. 
All methods suffer from exponentially increasing levels of forecast error as it is extended further into 
the future, but the rate of error increase with time varies considerably. 
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Trending with “Special Loads” Additions 


Figure 25.19 illustrates a common practice at many electric utilities, forecsting future load. 
growth in an area with a trending method, then adding to this additional load growth due to 
special, usually large, spot loads or developments that are known for the future. The 
addition of “special” or “extraordinary” growth events to a projected trend is a legitimate 
forecasting approach in a limited number of situations. However, it can produce 
considerable inaccuracy if used incorrectly or if abused, and it is often incorrectly applied. 

The usefulness and accuracy of this approach depend on whether the special events 
being added to the extrapolated trends are in fact external to those trends or whether they 
are just part of the existing growth processes being trended. If the latter is the case, then 
planners are “double counting” some of the region’s future growth and will over-forecast 
load in the area. 

Trending methods, regardless of mathematical approach, implicitly extend the historical 
process and nature of growth in an area. In the example shown in Figure 25.19, the 
extrapolated trend represents residential and retail commercial development, the sole type 
of land use in this area, what can be considered part of the “bedroom community” process 
of growth common to many peripheal areas around major metropolitan centers. The special 
event is an industrial load, land use of a type that has not been present in the area and 
growth that would not normally be expected. Therefore, adding it to the area’s extrapoliated 
load growth is a legitimate step in forecasting, because this new load is very likely not a 
part of the area’s past growth character. 
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Figure 25.19 Here, the special load is a new military base, scheduled to develop over a five-year 
period with a known (at least planned) amount of growth each year. It will “use up” nearly all the 
remaining land in the area, leaving little for the original trend. Thus, the special load is added to the 
area’s projected trend over the five years of its scheduled development, and the area’s trend is 
sustained for only a few years afterwards, at which point the area is modeled as “full” and growth 
stops. 
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Avoiding double counts 


The challenge for planners when using this approach is to not “double count” load growth 
by including in the special loads they add to their extrapolated historical trends large new 
loads which are actually a part of the present trend. This mistake is quite common — in fact 
the author’s experience is that it is made at least occasionally at a majority of utilities who 
use this forecasting approach. Generally, T&D planners receive long lead-time notification 
only for large projects, receiving little if any advance notification of the many small 
developments that make up the bulk of the growth in most utility service territories. Thus, 
there is a temptation to treat any large load which is known or suspected as likely to 
develop in the near future as “special.” 

Suppose the new load event in had been a major residential development 
rather than an industrial load, for example 290 homes and a new strip shopping center, to be 
built on a half-section of land within this area over a three-year period by a national tract- 
home builder. That type of development would be a part of the area’s present trend, and 
should not be included in the area’s development. 


Real thought needs to go into determining “is this event special?” 


The issue of whether a load is special or not is not as easily resolved in all cases as the 
example above would indicate. Usually, if a major load or event is of a fundamentally 
different type of land use or demographic than the area’s present and recent past 
development history, then it is definitely special. But in other cases the event might more 
closely resemble the area’s composition but still qualify as special. As an example, suppose 
that the area whose load growth history is depicted in Figure 25.19 is a very large 
peripherial area of a major city, and, although spotted with small suburban residential and 
commercial developments, it has never seen concentrated, planned unit projects by major 
developers. In that case, the 290 home/strip center project represents a departure from the 
area’s trend, and should probably be including in the area’s forecast. 

The qualities that make an event “special” have less to do with its type of land use or 
customer type, and more with the reason for or driving force behind that growth. The real 
issue boils down to whether the event is consistent with the character of the area’s recent 
growth — is the event a part or a result of what has been occuring in this area? If so, then it 
is a part of that trend even if different in some ways. Is its cause distinctly different and 
apart from the causes of the area’s past growth? Then it is special. Thus, among the types of 
loads that are almost always special are those that are seldom if ever part of any area trend, 
“one-time” developments like new miltary bases, a new community college, a new state 
prison, a new commercial airport, and so forth. 


Getting the details right 


There are several other important considerations in “fine tuning” a trending-with-additions 
method. These are: 


Diversity of peaks. Since any special load is by definition quite different than the 
existing load in the area, it may very well have a very different time of peak demand. 
Therefore, a diversity factor may need to be applied when its peak demand is added 
to the area’s trended peak demand. 


Area adjustment. If the special load will consume a noticeable portion of the 
remaining developable land area in the region, then the base trend should be adjusted 
to show that land is no longer available for consumptiuon by the original area trend. 


Figure 25.20} shows an example. Here, a military base “uses up” the remainder of 
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available land in the region with what is really a lower load density. The net effect of 
this special load is that peak demand reaches a slightly lower asympotote, but 
reaches it slightly sooner than it would have otherwise reached that same load level. 
Area adjustment is typically based on analysis of load density of the special and 
normal (trend) growth. Such analysis led, in Figure 25.20, to a conclusion that the 
base would leave only enough land for seven more years of the historical trend. 


Timing. It is often a mistake to take a developer’s planned schedule at face value. 
Developers of major projects, whether private or government, rarely underestimate 
the time needed to complete their projects: announcements are often optimistic about 
when a project will start or about how fast it will sell or lease to completion. 
Planners may need to interpret announced schedules into a more “realistic” view of 
timing, spacing the growth over a longer period of time than that given in the 
developer’s information or filings. 


Continued growth. Does the special load itself continue to grow once it has 
developed? Figure 25.19|shows no growth of the special load once it has developed. 
Every year, it remains 1.8 MW. It is a one-time event which boosts the trend 
upward, but has no subsequent growth of its own. Often, this is the correct approach. 


After all, the load is “external” to the area’s trend so that trend’s continuing growth 
rate should not be applied to it. But some special loads should grow at some rate 
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A Special load growth event 


1995 2000 2005 2010 2015 
Year 


Figure 25.20 Use of “special” load growth events in a trending forecast. Here, weather-adjusted peak 
load data (unfilled dots) from 1996 through 2002 for a suburban feeder’s service area has been 
extrapolated (dashed line). The area is and has been residential with only light retail commercial 
development (services and marketing to the local community). Load growth due to a 1.8 MW 
industrial office part project expected to begin in 2004 (arrow) has been added over a 3-year period to 
the projected trend, resulting in the forecast shown (dotted line). Since this is a “new” type of growth 
for the region, adding it to the area’s load trend for forecasting purposes is probably legitimate. 
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after their initial development. As examples, the new office park in|Figure 25.20 


might not see any load growth, remaining at 1.8 MW, for a few years after 
construction. Then it might begin to see a slow rise in demand of perhaps 5% 
annually due to the gradual, per capita increase common to most residential and 
commercial loads. The same would be true if the new load had been that 290-house 
and strip retail center development discussed previously. 


Impact on area’s trend. Often, a special event or load will accelerate or change the 
area’s trend. Other times it makes no impact. Almost certainly, the new military 
base in [Figure 25.19’slexample would accelerate the growth of remaining land in the 
area and increase the load density of that development (and perhaps by spurring re- 
development, that of already built up areas nearby). While planners need to be aware 
of this possibility, adjustments to the trending account for this are not recommended. 
Trending is not appropriate for such situations. If a special growth event has a major 
impact on changing area development trends, then planners should consider using a 
forecast method that assesses these interactions and uses them in an organized way 
to forecast load growth — i.e., they need some form of a Jand-use based method. 


Recommended approach 


Recommended practice in applying “trending with special load additions” is to develop and 
apply written criteria for what constitutes “special” loads and when and how they will be 
added, and how the fine points discussed above will be handled. Usually, such criteria 
include: 


Definition of special: requirements as to type or cause of the load growth that make 
it a special load. 


Size limit: a size limit below which the load is not added to the area trend, even if it 
meets other criteria — it must be a significant load to be treated as special. 


Diversity: criteria set out how diveristy of peaks is established and a factor applied. 


Likelihood: the development must have some reasonable likelihood of developing — 
a credible source or backer, etc. Usually this remains partly subjective but it is best to 
have some requirement to at least consider the credibility of any large, special 
development. 


Timing: often there are rules of how the load is to be split among a series of years, 
based on its type or likelihood. 


Area adjustment: includes rules on how to determine if the special load impacts the 
area trend by using land that would otherwise grow to another purpose/load density, 
and for how compensating adjustments of the base trend are to be made. 


Trend method: rules may restrict application of historical trend extension and special 
loads to situations where the base trend is projected with a rather conservative 
approach. 


As with other planning methods, these criteria and the procedures for applying them should 
be documented and approved, and then required in alli forecasts. Each forecast should be 
documented as to if and how special loads were included, and appropriate information on 
each archived for future use. [Chapter 29’s|discussion of objectivity in planning gives an 
example of how a planner abuses the special load additions method in order to “tweak” a 
forecast in a deliberate attempt to overbuild a region. It provides more insight in the correct 
and incorrect ways to use this method. 
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25.5 SIMULATION METHODS FOR SPATIAL LOAD FORECASTING 


Simulation-based methods attempt to reproduce, or model, the process of load growth itself 
in order to forecast where, when, and how load will develop, as well as to identify some of 
the causes driving that growth. Unlike trending, simulation is ideally suited to high spatial 
resolution, long-range forecasting, and to the needs of multi-scenario planning. Most 
important, when applied properly, it can be much more accurate than the very best trending 
techniques. 

However, simulation methods require more data and more user involvement than 
trending methods. While data collection is seldom a burden given the capabilities of 
modern computing systems to gather and manipulate land-use data bases, geo-coded 
demographic data, satellite imagery, and a host of other sources, simulation methods do 
require three to ten times the effort of trending methods. In many cases, this additional cost 
is more than justifiable, due to their greater accuracy and representational precision. 


De-Coupled Analysis of the Two Causes of Load Growth 


Simulation addresses the two causes of load growth by trying to model, or duplicate, their 
processes directly but separately. As was described in section 25.2, electric load will grow 
(or decrease) for only two reasons: 


Change in the number of customers buying electric power 
Change in per capita consumption among customers 


Simulation addresses possible changes in customers and possible changes in per capita 
consumption using separate but coordinated models of each. This is quite a contrast to the 
trending techniques discussed in section 25.4, which treated all changes in load as of the 
same cause (just a change in load, without explanation beyond the fact that it happened). 

There is a further distinction of scope of analysis in almost all simulation methods. One 
part of the model handles the spatial analysis, the other all the temporal (hourly, seasonal) 
analysis. Customer modeling is done on a spatial basis, tracking where and what types and 
how many customers are located in each small area. The per capita analysis does not 
consider location, only temporal variation in usage as a function of customer type, end-use, 
and time of day, week, and year. Thus, simulation de-couples not only the causes of load 
growth, but also the dimensions of the forecast, as shown in Figure 25.21. 


Customer Per capita 
Growth Growth 
Handled by 
Spatial spatial land- | not done 
Analysis use model 
Handled by 
Temporal not done temporal 


Analysis end-use model 


Figure 25.21 Simulation applies separate models to the analysis of customer count as a function of 
location and per customer consumption of electricity as a function of time. It thus “de-couples” load 
growth analysis in two ways, by cause (customers, per capita) and by dimension (spatial, temporal). 
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Land-Use Customer Classes 


Simulation methods distinguish customers by class. Both the modeling of customers and 
the modeling of per capita usage are done on a customer class basis with various 
residential, commercial, and industrial classes and subclasses (Table 25.2). The customer 
and per-capita models are coordinated by using the same customer classes in each. 
Classification of customers by type allows both the customer and per capita models to 
distinguish customers by different types of behavior. Three basic important types of 
behavior can be distinguished: 


Rate classes. Land use classes are closely related to the rate classes used in 
customer billing systems, making it easy to interface them with utility customer, 
rate, and load research data. 


Per capita consumption classes. Residential, commercial, and industrial customers 
differ in how much and why they buy electric power, in daily and seasonal load 
shapes, and in growth characteristics and patterns. 


Spatial location classes. Residential, commercial, and industrial customers seek 
different types of locations within a city, town, or rural area, in patterns based on 
distinct differences in needs, values, and behavior, patterns that are predictable. 
The term “land-use” is often applied to simulation methods because variability of 
land usage is the most visible and striking of the three types of distinctions made 
by class definitions used in forecasting models. 


The spatial patterns of load use development are the basis for the spatial forecasting 
ability of simulation methods. Within any city or region, land is devoted to residential use 
(homes, apartments), commercial use (retail strip centers, shopping malls, professional 
buildings, office buildings and skyscrapers), industrial use (factories, warehouses, 
refineries, port and rail facilities), and municipal use (city buildings, waste treatment, 
utilities, parks, roads). Each of these classes has predictable patterns of what type of land 
they need in order to accomplish their function and explainable values about why they 
locate in certain places and not in others. Their locational needs and preferences can be 
utilized to forecast where new customers will most likely locate in the future. 


Table 25.2 Typical Land Use Types Used in Simulation (Tram et al., 1983) 


Class Definition 

Residential | homes on large lots, farmhouses 
Residential 2 single family homes (subdivisions) 
Apartments/townhouses apartments, duplexes, row houses 
Retail commercial stores, shopping malls 

Offices professional buildings 

High-rise tall buildings 

Industry small shops, fabricating plants, etc. 
Warehouses warehouses 

Heavy industry primary or transmission customers 
Municipal city hall, schools, police, churches 
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For example, industrial development is very likely to occur alongside existing railroads 
(93% of all industrial development in the United States occurs within 1/4 mile of an 
existing railroad right-of-way). In addition, new industrial development usually occurs in 
close proximity to other existing industrial land use. These two criteria — a need to be near 
a railroad and near other industrial development — identify a very small portion of all land 
within a utility region as much more likely than average to see industrial growth. Addition 
of a number of other, sometimes subtler, factors can further refine the analysis to where it is 
usually possible to forecast the locations of future industrial development with reasonable 
accuracy. 

By contrast, residential development has a tendency to stay away from railroads (noise, 
pollution) and industrial areas (poor esthetics, pollution). But residential development has 
its own list of preferences, too — close to good schools, convenient but not too close to 
highways, near other residential areas — that can be used to further identify areas where 
residential development is most likely. This list is different from industry's preference list, 
but just as distinct and just as applicable to forecasting the locations and patterns of growth. 
In fact, every land-use class has identifiable, and different, locational requirements. No 
American would be terribly surprised to find tall buildings in the core of a large city, or a 
shopping mall at the suburban intersection of a highway and a major road. On the other 
hand, most people would be surprised to find low-density housing, large executive homes 
on one to two acre lots, being built at either location. It wouldn't make sense. 

Modern simulation methods project future customer locations by utilizing quantitative, 
spatial models of such locational preference patterns on a class basis to forecast where 
different land uses will develop (Willis and Tram, 1992). They use a separate forecast of 
per capita electric usage, done on the same class definitions, to convert that projected 
geography of future land use to electric load on a small area basis. In so doing, they employ 
algorithms that are at times quite complex and even exotic in terms of their mathematics. 
But the overall concept is simple, as shown in |Figure 25.22: forecast where future 
customers will be, by class, based on land-use patterns; forecast how much electricity 
customers will use and when by class; then combine both forecasts to obtain a forecast of 
the where, what, and when of future electric load. 


Overall Framework of a Simulation Method 


The land-use based simulation concept can be applied on a grid or a polygon (irregularly 
shaped and sized small areas) basis. Usually, it is applied on a grid basis, which the author 
generally recommends. A grid basis assures uniform resolution of analysis everywhere. In 
addition, some of the high-speed algorithms used to reduce the computation time of the 
spatial analysis work only if applied to a uniform grid of small square areas. 

Simulation methods are generally iterative, in that they extend the forecast in a series of 
computational passes, transforming maps of customers and models of per capita 
consumption from one year to another as shown in[Figure 25.23] Forecasts covering many 
future years are done by repeating the process several times. An iteration may analyze 
growth over only a single year (e.g., 1997 to 1998) or may project the forecast ahead 
several years (1998 to 2001). 


Simulated land-use transitions mimic the “S” curve shape 


Simulation methods have proven quite good at forecasting vacant area growth. In fact that 
is among their greatest strengths compared to other spatial forecasting methods. However, 
they are not particularly good at forecasting gradual, incremental growth on a small area 
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capita consumption 


Figure 25.22 Simulation methods project customer locations and per capita consumption separately, 


then combine the two to produce the final small area forecast. 


SIMULATION 
METHOD 


Translates year 1 
data base into 
year 2 representation 


Figure 25.23 Simulation is applied, as shown, transforming its data base from representation of year t 


to a projection of customers and consumption in year t + p. 


Copyright © 2004 by Marcel Dekker, Inc. 


T&D Load Forecasting Methods 943 


Percent Development 


0123 4 5 6 7 8 910 11 12 13 414 15 
YEAR 


Figure 25.24 Most simulation methods forecast growth as step functions (solid line). This matches 
small area growth characteristics as seen at high spatial resolutions. 


basis — as in representing that load in a particular area will go from vacant to only 20% in 
year 1, then reach 50% developed by year 2, 80% the year after, but then growth will slow, 
so that it will only achieve 100% a number of years later. Instead, simulation methods 
forecast a single year transition from vacant to fully developed, as shown in Figure 25.24 
(Brooks and Northcote-Green, 1978). Thus, they are not very suitable for low resolution 
spatial forecasting, where the typical small area S-curve may have a growth period (rise 
time) of more than ten years. Instead, they work better at high spatial resolutions (small 
areas of 10 acres or smaller), where typical growth rise times are short, and thus compatible 
with single year step functions, as shown in Figure 25.24. 


Three steps are common to all simulation methods 


More than 50 different computerized methods have been developed to apply the simulation 
method. These vary from simple and approximate to quite involved numerical approaches. 
However, there are some common steps that must be accomplished one way or another in 
the forecasting of spatial customer location: 


Global customer counts. A spatial model must account for the overall total of each 
customer class within the utility service territory as a whole. Generally, these 
“global totals” are an input to the simulation method. Most utilities have a 
forecasting group separate from T&D planning — usually called Rate and Revenue 
Forecasting or Corporate Forecasting ~ that studies and projects total system-wide 
customer counts. The author strongly recommends that all electric forecasts used 
for electric system planning be based upon, driven by, or corrected to agree with 


this forecast in an appropriate manner, as described in section 25.3 (see 
1965 and 1979). 
Interaction of classes. The developments of the various land-use classes within a 
region are interrelated with respect to magnitude and location. The amount of 
housing in a region matches the amount of industrial activity — if there are more 
jobs there are more workers and hence more homes. Likewise, the amount and 
type of retail commercial development will match the amount and type of 
residential population, and so forth. 

These interrelationships have a limited amount of spatial interaction, too. If 
industrial employment on the east side of a large city is growing, residential 


growth will tend to be biased heavily toward the east side, too. In general, these 
locational aspects of land use impact development only on a broad scale ~ urban 
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model concepts help locate growth to within three to five miles where it occurs, 
but no closer fe 1964, and[Willis, 1996). 

There are myriad methods to model the economic, regional, and demographic 
interactions of land-use classes. All are lumped into a category called “urban 
models.” Many are appropriate only for analyzing non-utility or non-spatial 
aspects of land-use development, but some work well for spatial load forecasting. 

One such method is the Lowry model, which represents ail land-use 
development as a direct consequence of growth of what 1s termed “basic industry” 
-— industry that markets outside the region being studied (Lowry, 1964). In the 
Lowry model concept, growth starts through the development of “basic industry,” 
such as refineries, factories, manufacturing, and tourism. These create jobs, which 
create a need for housing (residential development), which creates a local market 
demand for the services and goods sold by retail commercial, and so forth. 


Locational land-use patterns. Ultimately the spatial forecast must assign land-use 
development to specific small areas. While overall system-wide totals and urban 
model interactions establish a good basis for the forecast, it remains for the spatial 
details to be done based on the distinction of land-use class locational preference 
as described earlier in this chapter. 

The determination of exactly where each class is forecast to develop has been 
handled with a wide variety of approaches from simple methods utilizing a few 
rules interpreted by the planner's judgment, to highly specialized, computerized 
pattern recognition techniques that forecast land-use location automatically based 
upon pattern recognition and artificial intelligence methods. But one way or 
another, a spatial forecast must ultimately assign customer class growth to small 
areas and, whether judgmental or automatic, acknowledge and try to reproduce the 
types of locational requirements and priorities, and model how they vary from one 
class to another, as discussed earlier in this chapter. 


Most simulation methods accomplish the three tasks described above with an 
identifiable step to accommodate each, with the steps usually arranged in a top down 
manner. A top down structure can be interpreted as starting with the overall total (whether 
input directly or forecast) and gradually adding spatial detail to the forecast until it is 
allocated to small areas. The forecast is done first as overall total(s) by class, then each total 
sum of growth for the service area is assigned broadly on a “large area basis” using urban 
model concepts, and finally the growth on a broad basis is assigned more specifically to 
discrete small areas using some sort of land-use analysis on a small area basis. 

Alternatively, a bottom up approach can be used in which the growth of each small area 
is analyzed and the forecast works upward to an overall total, usually in a manner where it 
can adjust its calculations so that it can reach a previously input global total (the input Rate 
and Research forecast). The Bibliography has several papers that describe such algorithms 
in great detail. 


Per capita consumption is usually forecast with some form of customer-class daily 
load curve model, often with an end-use basis so as to model the usage 
characteristics discussed in and[3} (See 2002). Regardless of 
approach, the per capita consumption analysis must accommodate two aspects of 
load development on a customer class basis: 


Forecast of demand per customer and its coincidence with other classes. Both the 
actual peak per customer as well as the contribution to peak (the two may occur at 
different times) need to be forecast. 
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Figure 25.25 Overall structure of a simulation method. In some manner every simulation method 
accomplishes the steps shown above, most using a process framework very much like this one. 


Future changes in the market share of various appliances, appliance efficiency, 
and usage patterns from year to year need to be included in the forecast. This can 
be done by “inputting” the class curves as previously output from a separate end- 
use analysis effort or by end-use analysis within the simulation method itself 
(Canadian Electric Association, 1982). 


Thus, the structure of most simulation methods is something like that shown in Figure 
D2: 


Land-Use Growth: A Look at Cause and Effect 


This section summarizes the central tenet of the Lowry model with a hypothetical example 
of industrially driven growth. A city, town, or rural region can be viewed as a “socio- 
economic machine,” built by man to provide places for housing, places to work, places to 
shop for food, clothing, and services, and facilities that allow movement from one place to 
another. Cities and towns may differ dramatically in appearance and structure, but all 
provide for their population's residential, commercial, industrial, transportation, and cultural 
needs in functional proportion to one another. Urban models are representations of how 
these different functions interact. There are literally dozens of different approaches to 
modeling how a city, town, or agricultural region functions. Some are simple enough that 
they do not need to be computerized to be useful, whereas others involve quite complicated 
numerical analysis. 

To illustrate the concepts of urban growth and urban modeling, consider what would 
happen if a major automobile company were to decide to build a pickup truck factory in an 
isolated location, for example in the middle of western Kansas (a sparsely populated region 
in the middle of the United States), one hundred miles from any large city. 
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Figure 25.26 The hypothetical factory site at an isolated location (shaded area). 
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Table 25.3. Expected Pickup Truck Factory Employment by Year 


Employment Year 
category 2 4 8 
Management 8 20 30 
Professional 40 180 240 
Skilled labor 250 1400 3100 
Unskilled Labor 300 900 = 1100 
TOTALS 598 2500 4470 


Table 25.4 Percent of Housing by Employment Category 


Employment Large 
category houses 
Management 50 
Professional 10 
Skilled labor 2 
Unskilled Labor 0 
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Having decided for whatever strategic reasons to locate the factory in rural Kansas, the 
automaker would probably start with a search for a specific site on which to build the 
factory. The site must have the attributes necessary for the factory: located on a road and 
near a major interstate highway so that it is accessible, adjacent to a railroad so that raw 
materials can be shipped in and finished trucks can be shipped out, near a river if possible, 
so that cooling and process water is accessible and also permitting barge shipment of 
materials and finished trucks. shows the 350 acre site selected by the 
automaker, which has all these attributes. 

In order to function, the pickup truck factory will need workers. shows the 
number by category as a function of time, beginning with the first years of plant 
construction and start up, through to full operation. Once this factory is up to full 
production, it will employ a total of 4,470 employees. Since there are no nearby cities or 
towns, the workers will have to come from other regions, presumably attracted by the 
prospect of solid employment at this new factory. Assume for the sake of this example that 
the automaker arranges to advertise the jobs and to help workers re-locate. 

These workers will need housing near the factory — remember the nearest city or town 
is a considerable commute away. Using averages based on nationwide statistics for 
manufacturing industries, the people in each of the employment categories are likely to 
want different types of housing in roughly the proportions shown in{Table 25.4) 

Using those data, one predicts that the 4,470 workers listed in Table 25.4 will want a 
total of 39 executive homes, 2,656 medium-sized homes, and 1,775 apartments. Using 
typical densities of housing type this equates to 57 acres of executive homes, 830 acres of 
normal single-family homes, and 291 acres of apartments, for a total of 1,178 acres (nearly 
two square miles) of housing. 

Assume for the sake of this example that a road network is built around the site, and that 
the 1,178 acres of homes are scattered about the factory at locations that match both 
“residential land-use needs and preferences” and are in reasonable proximity to the factory, 
as shown in Figure 25.27, 

Based on nationwide statistics for this type of industry, there will be 2.8 people in each 
worker's family (there are spouses and children, and the occasional parent or sibling living 
with the worker). This yields a total of 12,516 people living in these 1.173 acres of housing. 
These people need to eat, buy clothing, get their shoes repaired, and obtain the other 
necessities of life, as well as have access to entertainment and a few luxuries. They will not 
want to drive several hours or more to do so. They create a market demand, for which a 
cross-section of stores, movie theaters, banks, restaurants, bars, TV repair shops, doctor's 
offices, and other facilities will develop to serve them, as shown infFigure 25.24 

There will also need to be schools to educate the children, police and fire departments to 
protect all those homes and citizens, and a city hall to provide the necessary infrastructure 
to run those facilities. And, of course, there will have to be an electric utility, too, to provide 
the electricity for the factory, as well as for all those homes and stores. Similarly there will 
be a need for other utilities — water, gas, sewer, garbage collection, etc. 

These stores, shops, entertainment places, schools, and municipal facilities create more 
jobs, but there is a ready supply of additional workers. Based on typical statistics for 
factories in North American, one can assume that of the 4,470 factory workers, 3,665 (82%) 
will be married, and of those 3,665 spouses about 2,443 (two-thirds) will seek employment. 
However, the stores, shops, schools, and other municipal requirements just outlined create a 
total of nearly 5,000 jobs (more than one for every one of the original factory jobs!) for a 
net surplus of 1,400 jobs unfilled. 
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Figure 25.27 Map showing the location of the pickup truck factory, to which has been added 1,173 
acres of housing, representing the residential land use associated with the homes that will be needed to 
house the 4,470 workers for the factory and their families. 
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Figure 25.28 Map showing the factory, the houses for the factory workers, and the locations of the 
commercial areas that develop in response to the market demand for goods and services created by the 
factory workers. 
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Figure 25.29 The ultimate result of the factory, a small “factory town” with housing, commercial 
retail, commercial offices, schools, utilities, and everything else needed to support a population 
approaching 20,000. This community “earns its living” building pickup trucks — the factory is the 
driving force behind the entire community's economy. 


This rapidly growing little community will need even more workers to fill these jobs. 
Again, using typical values: 


At 1.55 employees per family (remember, both husband and wife work in some 
families), these 1,400 additional jobs mean a further 1,400/1.55 = 903 families to 
house, for an additional population of 2.8 x 903 families = 2,529 more people. 


Assuming these 903 families have a cross-section of housing demands like the 
original 4,470 factory workers,’ one can calculate a need for a further 8 executive 
homes (12 acres), 537 normal homes (168 acres), and 358 apartments (59 acres). 


These additional 2,529 people create a further need for shops and entertainment, police, 
fire, and municipal services, generating yet another 868 jobs, requiring housing for yet 
another 560 families (1,569 people), requiring a further 7 acres of executive homes, 104 of 
normal homes, and 37 acres of apartments. And those people require even more stores and 
services, creating jobs for yet another 347 families. This cycle eventually converges to a 
total population (counting the original factory workers and their families) of slightly more 
than 19,000 people, requiring a total of 87 acres of executive homes, 1,270 acres of 
medium-size homes, and 547 acres of apartments, with 396 acres of commercial and 
industrial services sector ~ a small community of very nearly four square miles, not 
counting any parks or restricted land. 


* Actually, this isn't a really good assumption. The cross-section of incomes, and hence housing 
demands, for employees in these categories is likely to be far different than for the factory workers. 
However, to simplify things here, it is assumed the same net percentage of housing per person as 
with the factory. 
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Table 25.5 Total Land Use Generated by the Pickup Truck Factory in Acres 


Land use Year 

class 2 4 8 12 20 25 
Residential 1 12 49 87 87 87 87 
Residential 2 170 710 1,270 1,270 1,270 1,270 
Apartments/twnhses. 73 305 547 9.2547 547 547 
Retail commercial 22 94 168 168 168 168 
Offices 8 34 61 61 61 61 
Hi-rise 2 12 22 22 ee 22 
Industry 12 50 89 89 89 89 
Warehouses 6 27 48 48 48 48 
Municipal i = 8 8 8 8 
Factory 350 350 350 350 350 350 


Peak community MVA 16 34 73 a7 77 re: 


Essentially, the pickup truck factory, if built in the middle of Kansas, would bring forth 


a small community around it, a “factory town” which would eventually look something like 
the community mapped in [Figure 25.29 


In a manner similar to the analysis carried out here, the intermediate years of factory 
start up, before all 4,470 workers were employed, could be analyzed to determine if and 
how fast the community would grow. The employment numbers from|Table 25.3 on a year 
by year basis can be analyzed to yield the year by year land use totals shown in Table 25.5. 
Working with projections of electric demand provided by the factory (doubtless, the 
automaker's architects and plant engineers can estimate the electric demand required by the 
factory quite accurately), and, using typical per capita electric demand data from mid-North 
America, this information leads to the forecast of total load given in the last line of the 
table. 

A common shortcut used in electric load forecasting is to convert a Lowry type model as 
discussed above to a geographic area basis, in which all factors are measured in acres (or 
hectares, or square kilometers) instead of in terms of population count. The factory of 350 
acres caused a demand for: 


57 acres of executive homes, or .163 acres per factory acre 
830 acres of single-family homes, or 2.37 acres per factory acre 
291 acres of multi-family housing, or .83 acres per factory acre 


This means that on a per acre basis, the factory causes: 


.163 acres of executive homes per factory acre 
2.37 acres of single-family housing per factory acre 
.83 acres of multi-family housing per factory acre 


Similar ratios can be established by studying the relationship between other land use 
classes, as for example the ratios of the land-use development listed in Table 25.5. The 
Lowry model can then be applied on an area basis, without application of direct population 
statistics. Little loss of accuracy or generality occurs with this simplification. Techniques to 
apply this concept are covered in several references (Lowry, 1964 and Willis, 2002). 
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A workable method for customer forecasting 


The example given above showed the interaction of industrial, residential, and commercial 
development in a community, and illustrated how their relationships can be related 
quantitatively and in a cause-and-effect manner. This example was realistic, but slightly 
simplified in the interests of keeping it short while still making the major points. In an 
actual forecasting situation, whether done on a population count or a geographic area basis, 
the ratios used (such as 2.8 persons per household, 1.55 workers per household, etc.) could 
be based on local, industry-specific data (usually available from state, county, or municipal 
planning departments), rather than generic data as used here. 

In addition, the actual analysis should be slightly more detailed. In the preceding 
example, it was assumed that the employees in the retail commercial and industrial areas 
had the same per capita housing and market demands as the new factory workers. In fact, 
this is unlikely. Salaries at the factory are probably much higher than for the average retail 
or service job, and the skilled workers for the factory will tend to have a different 
distribution of ages, family types, and spending habits than workers in retail and service 
industries. Thus, the additional housing and market demand created by the retail and 
services sector of the local community will most likely have different per capita housing 
and market impacts than did the factory. To account for this local variation, retail- and 
services-specific data could be obtained to refine such an analysis, or generic data based on 
nationwide statistics could be used in the absence of anything better. However, the basic 
method presented above is sound; only the data and level of detail used would need to be 
refined to make it work well in actual forecasting situations. 


Locational forecasting 


While not highlighted during the example discussed above, it is worth noting that |Figures| 
through show where the growth of residential, commercial, and industrial 
development was expected. The locational aspects of land use fall naturally out of such an 
analysis. Land-use locational preference patterns of the type discussed earlier can be used to 
derive realistic patterns of development. Application of such “pattern recognition” is a key 
factor in most simulation methods. 


Quantitative Models of Customer Class/Land-Use Interaction 


To a great extent, the factory's impact on development around it would be independent of 
where it was built. Dropped into a vacant, isolated region such as the one used in the 
example above, its effects are easy to identify. However, if that factory were added to 
Atlanta, Syracuse, Denver, Calgary, San Juan, or any other city, the net result would be 
similar — 4,470 new jobs would be added to the local economy. This increase in the local 
economy would ripple through a chain of cause and effect similar to that outlined above, 
leading to a net growth of about 19,000 population, along with all the demands for new 
housing, commercial services, and other employment that go along with it. 

The development caused by the factory would be more difficult to discern against the 
backdrop of a city of several million people, a city with other factories and industries, and 
with other changes in employment occurring simultaneously. But it would still be there. A 
complicating factor would be that the new housing and commercial development caused by 
the factory would not necessarily happen in areas immediately adjacent to it, but would 
have to seek sites where appropriate vacant space was available, which might be farther 
away than in the example given. 
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A further complication would be that if local unemployment were high, or if other 
mitigating circumstances intervened, some of the 4,470 jobs created by the factory might be 
absorbed by local unemployment. Determination of the net development impact would be 
more complicated, requiring a comprehensive analysis of those factors. However, in 
principle the train of development given in section 7.3 is a valid perspective on how and 
why land-use development occurs and one that works well for forecasting. 

The small community of 19,000 pictured above earned its living building pickup trucks. 
Only that segment of the local economy brought money into the community. The jobs in 
grocery stores, gasoline stations, shoe repair shops, bars, doctors’ offices, and other 
businesses that served the local community did nothing to add to that. Thus, the fortunes of 
this small town can be charted by tracking how it fares at its “occupation.” If pickup trucks 
sell well and the factory expands, then the city will do well and expand. If the opposite 
occurs, then its fortunes will diminish. 

So it is with nearly any town or city. Its local economy is fueled by only a portion of the 
actual employment in the region, and a key factor in forecasting its future development is to 
understand what might happen to this basis of its economy. Large cities generally are a 
composite of many different basic industries — a city like Edmonton, or Boston, or St. 
Louis, or Buenos Aires “earns its living” from a host of local basic industries. By definition, 
these basic industries are any activity that produces items marketed outside the region ~ in 
other words an activity that brings money in from outside the region. In the example given 
earlier, only the truck factory is basic industry. Double the factory's employment, the Lowry 
concept states, and the entire town will eventually double in size. Double the number of 
grocery stores, shops and movie theaters (none of which “market” outside the local 
economy) and nothing much would happen, except that eventually a few grocery stores, 
shops and theaters would go out of business — the town “earns its living” from the factory 
and its local population will only support so many stores. 

Moreover, whether a city is growing, shrinking, or just changing, its total structure will 
remain in proportion to the local “basic industrial’ economy, in a manner qualitatively 
similar, regardless of the type and size of the city and no matter what the causes of that 
change. Ifa city is going to grow, all of its parts will grow in an interrelated, and ultimately 
predictable, manner related to the local basic industry. 


Urban models 


The concepts of urban modeling covered here can be applied to predict how a city will 
grow, and in what proportions its various classes of land use will respond to such stimuli as 
the construction of a new pickup truck factory or a large government research facility or, for 
that matter, how the loss of a steel mill or the closing of a military base will reduce the local 
community. This particular concept is useful, and has wide application, but there are 
situations where it needs modification or interpretation. 

In addition, an “urban model” per se does not involve the detailed pattern recognition 
needed to apply the “preference list” location analysis of siting discussed above, which is 
the key to accurate identification of growth locations. And, of course, neither provides any 
electric consumption analysis — that must be done with some sort of (usually) end-use 
based load curve analysis. 


Computerization of Simulation 


While it is possible to apply simple simulation concepts through a very labor-intensive 
manual method, application to the extent necessary to exploit fully simulation's accuracy 
advantage requires computerization on an extensive and analytically involved scale. While 
a widely diverse range of computerized simulation approaches has been developed for 
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T&D forecasting, most share a similar layout, consisting of spatial and load curve modules, 
as shown in Figure 25.30. The spatial module usually operates in successive stages of 
increasing spatial resolution: in the case of Figure 25.30, global (no spatial resolution), large 
area (urban model), and small area (preference pattern recognition). The load curve module 
consists of a calibration submodule, which adjusts load curves for a closest fit to observed 
feeder/small area loads, and a load curve model — usually an appliance-based end-use 
model — for analysis and prediction of future customer class load curve shape. 

More than 50 different simulation methods are described in various technical literature, 
and the structural details of the more popular methods are given in Spatial Electric Load 
Forecasting, Second Edition (Willis, 2002). While they vary in structure, data needs, and 
complexity of analysis, in genera] their accuracy exceeds anything that can be dependably 
expected from trending methods. shows the relative accuracy in forecasting 
future T&D loads as a function of time, for several popular load forecast programs. 
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Figure 25.30 Layout of a typical computerized simulation approach. 
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Figure 25.31 Forecast error— based upon the U, metric, the percent of total T&D capital budget “at 
risk” due to forecast errors — as a function of forecast peniod for five popular forecast methods. 
Advanced simulation methods can forecast ten years ahead with accuracy comparable to what curve- 
fitting can provide four or five years ahead. 


25.6 HYBRID TRENDING-SIMULATION METHODS 


Hybrid forecast methods combine features of trending and simulation. A number of very 
different attempts have been made to combine the best features of trending and 
simulation. Ideally, a hybrid method would combine the long-range accuracy of 
simulation with the ease of use, simplicity, and short-range response-to-recent-trends of 
trending. The ultimate hybrid method would be one that used all of a simulation method’s 
“smarts” but that could both work with only the historical load data needed by trending 
and require not more interaction and skill from the user than trending. That ideal may be 
unattainable but it is certainly worth pursuing. 

Perhaps the first hybrid forecast method was the “Multivariate” program discussed 
earlier in this chapter. Developed in the late 1970s, the program was not recognized or 
intended to be a hybrid method: it was developed simultaneously with the first simulation 
spatial forecast program (ELUFANT). Terms like simulation and trending were no widely 
used at that time, so no concept of “hybrid’’ design existed. However, viewed from today’s 
perspective it certainly is a cross between simulation and trending. 

Despite its name, “Multivariate” was more than just a multivariate trending program. It 
used land use to classify small areas into different groups, each of which was trended 
according to different sets of rules. It could therefore be termed a land-use classified 
multivariate trending (LCMT) method. Multivariate’s use of small area consumer data 
along with geographic and population counts meant that its data needs were very similar to 
land-use based simulation. For that reason many planners of the period and since have 
assumed it was a simulation method, but in fact it was not. 


Expanded Template Matching (ETM) 


The template matching (TM) trending method was discussed earlier in this chapter. There, 
pattern recognition is used to identify past trends which could be used as “templates” for 
future load projections. Basically, that algorithm searches long-ago historical load histories 
for small-area trends that match recent small area load growth trends. The algorithm makes 
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distinctions among year-to-year load growth trend shapes — this small area has steady, 
linear growth from year-to-year, that one grows rapidly from nothing over a three year 
period, then saturates, a third has a rapid growth ramp but takes six not three years to 
saturate, etc. It identifies patterns among small areas, and can compare one historical trend 
(pattern of year-to-year change) to another. 

The basic idea used to forecast “small area n” of a utility system is simple: Find a 
small area, m, that, twenty years ago, had a recent history that looks just like the recent 
history of area n today. The TM method uses area m’s past load history as a projection of 
what area n’s future load trend will be. TM then repeats the procedure for all small areas, 
completing its forecast. If the algorithm is provided with long (30-year) load histories, it 
is roughly as accurate as multiple regression curve-fitting methods. 


Extending TM to data other than load 


The concept behind extended template matching (ETM) is simply to use other small 
characteristics, not just load, in the historical data, and to let the pattern recognition use 
those as well as load when determining what past small area situations most match those of 
present small areas. 

As an example to illustrate the potential advantage, suppose that TM is modified so that 
in addition to having data available on the last 30 years of peak load history of each small 
area, it also has 30 years of building permit data for each small area. These are data that 
give how many permits were granted for residential, retail commercial, offices, or other 
building constructions for each small area in any particular year. 

With this additional data added, the TM pattern recognizer picks up area n and compares 
its recent history to the long-ago histories of other small areas, including building permit 
trends. Suppose that area n is mostly vacant land but that a large number of residential 
building permits have been granted within it during the past year. The ETM algorithm 
would not “know” explicitly that area n is vacant because it does not have land-use data. 
But the fact that the area has a low load level would imply it is mostly vacant, and the 
building permit data would indicate considerable growth potential, soon. That combination 
(pattern) low-load/high-permit level is very discernable. It is something a pattern 
recognition algorithm could search for among the histories of other small areas. 

The algorithm would therefore find in its data history an area m which long ago most 
closely matched area n today. Perhaps 16 years ago area m had a similar recent load history 
(low load) and a similar recent burst of building permits issued. Then, the program would 
use the past 16 years of load growth history for area m as the forecast of area n’s next 16 
years of load growth. 

This concept of adding additional dimensions to the span of the pattern recognition can 
yield significant improvements in forecast accuracy. However, this particular example is 
not too feasible. It was cited here because the use of building permit data is simple to 
explain and its potential improvement immediately understandable. In practice, developing 
a 30-year database of small-area building permits would be difficult and costly. Many 
municipal areas have GIS and facilities systems that gather data by small area and produce 
lists of current and recent building permits on a land-parcel basis. But none the author has 
seen has data archives that go back farther than about 8 years — too short for this approach 
to work well over the long-run. Regardless, this example illustrated the concept behind 
ETM: use one or more exogenous variables, hopefully a leading indicator that can help 
determine when the growth ramp for a small area begins, to help identify matches between 
now and the past. ETM, applied to a sufficient number of small area growth histories 
(>1000) of sufficient historical length (>20 years), is relatively good at predicting “when” 
an area begins an “S curve” growth ramp, something no other trending method can do well. 
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Figure 25.32 Forecasts of a region in the third world about to be electrified, done in 1987. Top, 
high-resolution simulation forecast. Bottom, ETM method that required less than one-tenth the 
human effort, for four times as lengthy data histories. Long historical data were only available on a 
lower-resolution basis, hence the larger small area basis of the ETM forecast. 
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Figure 25.33 Top, regional forecast accuracy of simulation applied to projecting the electric load 
after electrification for an economically developing area in central Africa (Figure 25.32 top) indicated 
by diamond symbols and thin line. Heavy dashed line shows actual growth from 1988-2000. Bottom, 
regional forecast accuracy of ETM applied to the same problem (Figure 25.32, bottom) in projecting 
load after electrification (diamond symbols and thin line). Both programs were applied in 1987, results 
evaluated in 2002. ETM greatly outperformed simulation. 
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But despite this, ETM is worth considering as a platform for some forecasts. 
“Electrification” projects in developing nations bring power to cities, towns, and villages 
which previously had no public electric grid. Where there are existing towns and villages 
but no electric system, there is no load history of established electric patterns, trend or end- 
use, on which to forecast load growth. There are no utility records from which to build a 
database for either method. Trending and simulation do not do as well as they do in areas 
with established load histories. 

In such cases, ETM can be programmed to search historical growth trends of areas that 
were electrified in the past for comparison to present small areas. [Figures 25.32 Jand[25.33] 
show forecasts produced in 1987 for an area that was “electrified” in 1987 and 1988. 
Subsequent events have shown ETM was somewhat more accurate than simulation in this 
case. It produced lower spatial resolution but better overall accuracy. 

The author has since developed a new research version of ETM, incorporating a number 
of features designed to reduce data needs, that forecasts in many situations as well as some 
simulation methods in terms of accuracy, and has reasonable if somewhat limited multi- 
scenario capability. 


SUSAN - Simulation-Driven Trending 


SUSAN (Spatial Utility Simulation ANalysis) is a hybrid simulation-trending load 
forecast program developed by the author and his colleagues in 1997-2001. It was 
developed using a perspective called “error management,” which takes the approach of 
“budgeting” labor and program effort required against error’s overall impact and 
designing the entire forecast process from the standpoint of maximizing results obtained 
for effort required. The program’s development goal was to maintain the advantages of 
the simulation method, particularly its accuracy and multi-scenario ability, while 
reducing its set up and data collection labor, and skill requirements, to something on the 
order of that required by trending. 

The design of SUSAN and particularly its combination of simulation and trending 
mechanisms was done by studying error, algorithm performance, and spatial relationships 
in the spatial frequency domain. Detailed discussion of spatial frequency analysis is beyond 
the scope of this discussion, but covered in detail elsewhere (see 2002). Basically, 
SUSAN uses a low-cost (low data needs, low labor requirement, limited skills required), 
low-resolution simulation as a first step to produce a “blurry” long-range forecast of overall 
load growth patterns, a sort of “large” small area forecast. Long-term projected load growth 
and some land-use features are used to select small-area “S” curve trends as the forecast for 
every small area. 


Data needs 


SUSAN uses a variety of input data sources. It requires land use of only a very low- 
resolution nature, both in terms of spatial resolution (large areas, resolution often | mile or 
larger area) and number of classes (only five, including vacant land). Such data are 
generally available, at least for areas of the U.S., in electronic format from public domain 
sources over the Internet, making it quick and inexpensive to obtain. The algorithm also 
needs historical load data, preferably on a smaller-area basis than the land use, either feeder 
peak loads or transformer load management system (TLM) historical data by collector area. 
This last data source is excellent where available. TLM data that can be collected by small 
areas provide a nearly automatic, high-resolution source of data on historical energy usage. 
Many utility CIS or TLM systems can provide these data on an annual or even monthly 
basis if needed. 
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Figure 25.34 Basic conceptual framework for the hybrid simulation-trending algorithm used in the 
SUSAN program. Low resolution land use is inexpensive and permits use of a small, fast, and 
approximate land-use algorithm. High resolution detail is “filled in” with the use of a-priori 
knowledge S-curve behavior and load growth trend histories. 
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A key element of SUSAN is its programmed knowledge, or internal data, of “S” curve 
behavior - the fact that smaller small areas have sharper S-curve growth ramps than large 
ones, that there is a hierarchical nature to “S” curve trend development on a spatial basis, 
and so forth. This is inherent in the algorithm, where it is combined with various pattern 
recognizers that key on both recent load history trends and the long-range land-use pattern 
forecast. 


Program method 


The SUSAN algorithm (Figure 25.34) forecasts by first using the large-area land use data to 
produce a low-resolution (square-mile or even larger-area basis) projection of long-range 


(20 year ahead) electric load patterns, using an abbreviated form of 2-3-3 simulation. The 
smaller small areas are now trended, using a pattern recognition method that applies a 
knowledge base on “S” curve constraints (middle of figure). Trends are constrained by a 
number of factors, one of which is shown in Figure 25.35, a “manifold constraint” applied 
in N-space, where N is the number of land-use classes. Figure 25.35 shows only three 
classes: residential, commercial-industrial, and vacant. As shown, a forty-acre small area 
must have a land-use vector [acres of residential land + acres of C&I land + acres of vacant 
land] that lies on the plane shown: only points on this plane comprise exactly 40 acres. As 
load grows and the land-use content changes, every point in time (of the future trend) must 
lie on this plane, too. Thus, a growing small area moves across this plane over time, as 
illustrated. In practice, N is typically between six and ten, and the “plane” is a manifold in 
N space, but the principle shown is the same. 
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Figure 25.35 A forty-acre small area must have a descriptive vector that lies somewhere on the 
shaded plane shown. As its land use changes over time its descriptor must likewise stay on the plane. 
Large dot shows a small area with 25 acres of residential, 8 acres of commercial and 7 acres of vacant 
land. If over time this area is predicted to grow to 40 acres of commercial development, its descriptive 


vector, a type of trajectory (compare to |Figure 15.1) must travel along the shaded plane to the point 
shown with an unfilled dot. (It would not necessarily travel in the straight line shown, however.) 
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This constraint is used when the hierarchical S-curves are fitted to each small area. In 
stable, already-developed areas where the short-range and long-range land use indicate few 
expected changes, these are “flat” trends, the portion of the S-curve well past the growth 
ramp. But in other areas, the S curves in a group of small areas forming a larger area are 
fitted as a set. The program applies its rules about the shape and slope of S curves as a 
function of small area size to generate these trends (the “hierarchical” part of the S curves). 
A larger area will have a lower slope but greater tota] than would any of the four or more 
smal] areas contained in it. This difference in slope means that the timing of the growth 
slopes in the various sub-areas within this larger area must occur at different trmes. They are 
staggered by application of their preference factors for the land uses that the large area 
forecast indicates will grow. 

In this way, an “S” curve is fitted to each small area, with a number of properties. It 
matches the base year loads and the trend of the immediate past prior to that year. It grows 
only to and through load levels that correspond to the types of land uses on the 
(constrained) manifold area for the small area’s land-use categorization. It must follow not 
only an S-curve pattern of some sort in each small area, but adhere as groups and super- 
groups to the spatial hierarchical characteristics of that behavior as well. 


Results and Summary of SUSAN 


Tests comparing accuracy and effort confirmed that the hybrid method produced accuracy 
equivalent to simulation methods, while having roughly one-third the total labor and data 
requirement (Figure 25.34). Comparison later in this chapter will show that its forecast 
accuracy 1s roughly that of simulation (it outperforms some algorithms), its total cost of 
application less than twice that of trending and generally about one-third of that required for 
simulation of similar accuracy. During the period 1997 to 2002 SUSAN was the most 
widely applied formal spatial forecast method in use. Forecasts were done for Boston, 
Chicago, Dallas-Ft. Worth, Manila, the Raleigh-Durham-Cary metro area in North 
Carolina, St. Louis, and Stockholm. It was applied to regions including the Atlantic Coast 
of North Carolina, northern-western Georgia, western Kansas, areas of central England, and 
parts of southern Australia. 


25.7 CONCLUSION AND SUMMARY OF KEY POINTS 


A load forecast is a necessary part of any sound planning methodology and a documented 
load forecast is a necessary part of any good, completed plan. A wide variety of forecasting 
methods are available to support T&D planning. They differ widely as to basic approach, 
data needs, skill requirements, labor and resource requirements, forecast accuracy, multi- 
scenario ability, and “glamour.” Methods fall into three major categories. 


e Trending methods, which project future load growth based on some type of 
inference based on past load growth. 


e Simulation methods, which attempt to analyze and anticipate the process by 
which electric load grows. 


e Hybrid methods, which are a mixture of trending and simulation. 


In general, trending methods are simpler and less costly to use, but less accurate in cases 
where conditions are changing, and far less useful for strategic studies. Simulation methods 
are more complicated, cost a great deal more in terms of data, labor, skills, and resources, 
but are generally more accurate and applicable to multi-scenario (strategic) studies. The 
best method for a particular utility is not always the more complicated or involved method, 


Copyright © 2004 by Marcel Dekker, Inc. 


962 Chapter 25 


Figure 25.6 One-Page Summary of Chapter 25 


Spatial load forecasts are predictions of future electric demand by location, done with enough 
“where” information to support T&D planning. 


Geographic location of load growth is accomplished by dividing the utility service territory into 
small areas. These may be equipment oriented (feeder area, substation areas) or areas of a grid or set 
of land parcels (census tracts). 


All spatial forecast methods use small areas but not all small-area forecasts are spatial forecasts. 
Small area methods that project each small area’s load growth independently of trends in other areas 
and not spatial. Spatial methods coordinate the forecast of all small areas in one consistent forecast. 


Electric load grows for only two reasons: customer growth — new customers are added to the system 
— and per capita consumption growth — increasing use of electricity by existing customers. 


Load growth at the “large area” level behaves as a smooth gradual process over a long period. 


Load growth at the small area level consists of “spurts” of load growth that “fill up” an area. The 
trend over time is called an “S” curve, and has three periods: dormant, growth, and saturation. 


Diversity of timing in small area growth transforms many short term “spurts” of growth into a 
smooth, large-area trend. 


The smaller the small areas used in a spatial load analysis, the shorter the periods and more intense 
the “spurts” of growth within each small area will appear. 


Locational errors — mistakes made in forecasting where growth will occur have as much impact on 
T&D planning results as magnitudinal errors ~ mistakes in forecasting the amount of load growth. 


Spatial forecast error measures that combine locational and magnitudinal aspects of error into one 
spatial error index have been developed and used. But the real measure of forecast quality is not a 
statiscal error measure, but rather its impact on leading to good T&D planning. 


Spatial frequency analysis (SFA) is a method of evaluating spatial forecast error on the basis of its 
impact on T&D plans. 


Uncertainty in load growth must be addressed with multiple scenarios and not with a probabilistic 
forecast that produces a most expected forecast value for each small area. 


Forecasts need to be representative models of specific future scenarios, not necessarily most- 
accurate predictions of expected growth. They are most useful for T&D planning if they can represent 
expected load growth subject to certain conditions and constraints such as extreme weather, certain 
economic growth, etc. 


Spatial forecasts for T&D planning should also be coordinated with corporate forecasts. There 
are no exceptions. 


Trending forecast methods extrapolate historical trends in small area peak load, usually on an 
equipment area (feeders, substations) rather than grid basis. Most are easy and quick to use but not 
highly accurate or capable of showing how events (e.g., a new highway) will change growth patterns. 


Simulation forecast methods forecast small area load growth on a grid basis using land-use and 
customer database and TLM data to try to replicate the actual growth process. They are more accurate 
than trending and can show how major events (e.g., a new highway) will change growth patterns, but 
they require considerably more effort, data, and computation than trending. 


Advanced trending methods use more advanced (perhaps very complicated) algorithms involving 
extrapolation and pattern recognition to improve statistical forecast accuracy, not to try to overcome 
trending’s inability to model multiple scenarios to to improve its “representativeness.” 


Hybrid trending simulation methods attempt to combine the ease of use and low data needs of 
trending with the long-range accuracy and multi-scenario representativeness of simulation. 


There is no one “best’”’ forecast method for all situations. 
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even if it is the most accurate. Not only is the cost of using “advanced” methods often an 
issue, but in many cases trending fully meets the needs of a planning situation. Regardless, 
it is possible to determine the best_method for a utility or particular planning situation, 
something that will be covered in 
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26 
Planning and the T&D 
Planning Process 


26.1 INTRODUCTION 


The objective of T&D planning is to provide an orderly and economic expansion of 
equipment and facilities to meet the electric utility’s future electrical demand with an 
acceptable level of reliability. In a largest sense, though, planning is done so the utility can 
both meet its obligations and attain the performance and goals it wants to achieve. 
Therefore, planning is almost always goal-directed — aimed at achieving some objective. It 
involves five basic steps: 


1. Identifying the problem — determining if and what needs to be “fixed.” 

2. Setting the goal — determining what is sufficient to “fix” the problem. 

3. Identifying alternatives — determining what actions or plans will solve the problem. 
4. Evaluating alternatives - on the basis of cost and other salient characteristics. 

5. Deciding upon, approving, the alternative to be selected and executed. 


T&D planning involves applying this five-step approach to the power delivery system. 
The objective is to maintain satisfactory service while achieving financial goals, which 
always means to control or minimize spending in some sense. In the simplest case, that of a 
single feeder, these steps might involve: 


1. Identify the problem — forecast where demand will exceed present capacity. 

2. Set the goals ~ the T&D system must meet all criteria, at the lowest possible cost. 
3. Identify alternatives — different reinforcement or alternative plans. 

4. Evaluate each for electrical and reliability performance and for cost. 

5. Select the lowest-cost alternative whose performance meets all criteria. 


In practice, T&D planning is a difficult task due to the multiplex nature of the T&D 
system — its size, interconnection, and the many uncertainties tied to so many of the 
elements that must be considered. This is compounded by continuing pressures to shrink 


967 


Copyright © 2004 by Marcel Dekker, Inc. 


968 Chapter 26 


design margins, reduce labor and operating costs, and delay capital expenses as long as 
possible. 

Regardless of what is being planned, there are certain common aspects to all planning 
and certain functions inherent in all planning. The policy-making process at the top of a 
utility, which involves deciding on what a utility’s values are and how it will carry them 
out, is summarized in section 26.2. Although not a part of T&D planning, it defines a good 
many of the important priorities for T&D planners, and thus is relevant here. Section 26.3 
looks at the planning process itself, beginning with a discussion of its goals and proceeding 
through an examination of its basic steps. Following this, the differing goals and functions 
of short- and long-range planning are presented in section 26.4. An important aspect of 
effective planning is analysis of uncertainty in future events and planning for their 
possibility — the multi-scenario approach to address such uncertainty is presented in section 
26.5. The T&D planning process, and each of its steps, is examined in section 26.6. Section 
26.7 concludes the chapter with a summary of important conclusions. (Chapter 28] will take 
up organization and implementation of the planning function. 


26.2 GOALS, PRIORITIES, AND DIRECTION 
Understanding How Planning Fits in to the Utility 


All power delivery planners can do a better job if they understand the “the system” within 
their company, how planning fits into that, and how its contribution 1s valued by the utility 
culture. The planning role at an electric utility is always partly strategic, in that it both 
makes additions to the system that are for all practical matters permanent, and because it is 
responsible for the bulk of capital spending and its effectiveness. In addition, it is very 
tactical, producing changes that affect the service quality and solve problems on a very 
local level. Therefore, it is one of the most profoundly important functions in a delivery 
utility. However, Planning — the function — can fit into and be valued quite differently 
depending on the particular utility’s culture and needs. Planners need to begin their job by 
identifying their company’s values and the culture around them. 


The Utility’s “Personality” and Culture 


Utilities, like people, have personalities and differing strengths and weaknesses which are 
reflected in where they set their values and how they perform their job. The author is 
fortunate to be in a position to deal with so many utilities at a level where overall corporate 
personality is distinct so that these differences become rather clear These “personalities” 
are not determined solely or even in the most part by the values, vision, and direction 
dictated by the executive level. Rather, they are due to the institutionalized “habits” infused 
into the company and its workforce, the culture of its employees and processes and the 
identity they see for themselves. Several very different “utility cultures” are presented in the 
next few pages. As will be discussed later, every utility has pockets or groups within it 
made up of each of these cultures. But in many cases, one or another dominates the others. 
If this dominance is too extreme, the utility will perform poorly in nearly every aspect. 


Versions of the traditional electric utility 


The traditional electric utility. Some utilities might be called “traditionalists.” These 
companies have learned over time that it is best to follow, not lead, technological and 
political trends, and they have confidence in their long-established and proven standards 
and methods. Thus, they are deliberately conservative companies, rather risk averse, who 
are seldom if ever aggressively pro-active about technical, political, or regulatory matters. 
The best utilities within this traditionalist category focus their attention on soundly 
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managing and fine-tuning their long-standing processes and making them as efficient as 
possible. These companies make few if any mistakes unless and until something around 
them changes significantly (de-regulation, major changes in competition, etc.). Then, they 
sometimes prove to have insufficient flexibility and creativity to handle the new paradigm. 
In those situations, upper management often finds itself frustrated by the risk averseness of 
its workforce and a cultural unwillingness to innovate or deviate from longstanding 
methods. While this “utility personality” may not be glamorous or modern, in cases where 
the regulatory environment is not pressing for quick change, where extensive de-regulation 
has not occurred, and where load growth is not extreme, even in the 21 century, it is hard 
to argue with its success: If executed well, within that venue it produces excellent results. 

Planning — both the function and the department — in a well-run traditional utility is 
viewed as an important part of the utility by upper management. It is expected to focus on 
sound engineering of the system. Executives expect it to function smoothly, take care of the 
system, and keep good records justifying all expenses. Extreme cost-reduction is not 
usually a focus: in traditional utilities financial matters are somewhat disconnected with 
system issues: executives will handle the money, planners and others handle the system and 
keep cost to “traditional” levels. Planning is not expected to innovate or participate in 
strategic decisions. Other departments, particularly Operations, will likely regard Planning 
as somewhat isolated and theoretical. It is common to find that Operations builds work 
orders slightly different than specified by Planning, and attempts to handle corrections to 
the system requiring only small changes itself without asking Planning for advice. 

Planners in this utility need to recognize that their organization places as much stock in 
how they do their job as on how well they do it — fitting in and “doing things our way” is a 
critical component of fitting in to a traditional utility. Planners must also realize that 
innovation and large changes are not appreciated, although, particularly if the company is 
well-managed, small, timely, incremental changes and improvements are. 

The planners’ job is to do their planning “the way it has always been done” — which 
means well by traditional standards. This may not be exciting to newer planners or those 
seeking change, but it is what the culture and the management expect and need. Planners 
will generally find it easiest to “sell” major projects and spending programs to upper 
management using arguments based on those long-held traditional standards and ways of 
doing things, not on the basis of cost effectiveness, reliability measures, or other “newer” 
metrics (although those may be useful as backup material). Justifying a new project or 
expense by finding some past project done in a like manner (a precedent) is a much more 
powerful argument at a traditional utility than in newer types of cultures. 

Planners at a traditional utility have one additional responsibility that can become 
critical. As stated in a major characteristic of a “traditional” utility environment 
is no tight limitation on the capital budget — a traditional utility and the traditional planning 
approach work well only when projects and expenses justified by the “traditional planning 
process” (eeeleigure 65) can be funded. Good planners will watch for signs that this critical 
element of the traditional paradigm may be changing. If so, they must both be ready with 
methods that can adapt to budget constraints (see[section 6.5), and prepared to try to create 
the executive level feedback loop necessary to keep upper management appraised of the 
system implications of budget reductions. 


The public steward utility 


A narrowly focused version of the traditional utility is the “public steward” culture, a 
company dominated by awareness of its role as a “public servant.” Many utilities operated 
with this culture and focus in the 1970s and 1980s. Although rare, a few companies are still 
dominated by this culture in the early 21 century. “Public steward” utilities have a 
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considerable dedication to and identity tied up in their role within the community and the 
need to “truly please” their customers. They apply money and effort toward these ends with 
the highest priority. It is common to find that guidelines limiting what construction new 
customers receive for no charge with initial service connection are rarely enforced at these 
utilities, due to a generous attitude for giving customers “what they want.” These utilities 
makes friends in the community but usually have problems meeting financial goals. 
Ironically, few actually provide top-tier service quality and responsiveness. 

‘A public steward utility” is very much a traditional utility in many ways, so much of 
what was said above about planning and the planner’s role applies here. But in addition, 
management and the culture as a whole recognizes that Planning has a considerable role in 
community involvement, and local planners (those in district and division offices) are 
expected to be quite close to customers. They have a big part to play in directly satisfying 
customer wants and relatively a lot of clout in the company — they get their way. 

Planners at a “public steward” utility need to adhere to the recommendations given 
above for traditional utilities (since their company is a version of that). However, they must 
be aware of the importance to their culture of accommodating customer and community 
wants, which is somewhat different than just providing good service. Usually, such wants 
center around esthetics and location — keeping lines out of sight, providing underground or 
rear-access, providing service the customer’s way just because he or she wants it that way, 
and so forth. An important part of the planner’s job at a public steward utility is determining 
exactly what the rules, largely unwritten, about this aspect of their job are, and how to 
follow them. Planners should realize that justifications and arguments in favor of new 
projects can carry additional weight by simply appealing to the desire to do things in a way 
that accommodates community and customer desires (as opposed to service needs). 


The equipment steward utility 


Another form of the traditional utility culture, but with a different internal emphasis, is the 
“equipment steward,” an organization whose culture and attention have become largely 
focused on the care of its T&D system. This culture is dominated, to a fault, by a 
proprietary attitude and responsibility for the T&D system it owns. The attention, focus, 
and the professional identity of many key employees is caught up in the means (its system 
and equipment), rather than the end that justifies that (quality service at low cost). Keeping 
the T&D system in good condition and up to “spec,” and not abusing it in any sense, has 
become the key purpose and “identity” of people throughout the company. 

Not surprisingly, utilities with this type of culture tend to be very internally focused and 
are often rather unresponsive to customer and outside influences. Generally, they have 
“standoff management” and poor vertical communication (among layers of management, 
particularly from the top to bottom) but can have quite good “side to side” communication 
through informal channels across departmental boundaries. They tend to run a very good 
system, but also tend to have higher than average costs, and over the long run provide rather 
poor service in spite of their system’s strengths. 

The “equipment steward” utility, like the “‘public steward,” is a form of traditional utility 
so what was said earlier applies here, too. However, in the equipment steward culture, 
Planning is viewed by the rest of this type of organization as responsible for keeping the 
system in an inherently strong position, one where it “can do the job well without undue 
stress.” The respect and acceptance of the rest of the organization rests largely on the 
Planning department making sure that the system is well engineered, has plenty of margin 
and strength, and never gets near its limits. Complaints about it not doing its job well will 
start whenever plans are submitted that: (a) call for lower spending, (b) change 
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configuration or design significantly without substantial input from Operations, or (c) do 
not have the traditional level of built-in margin (whatever that might be). 

Planners at this type of utility must adhere to the traditional paradigm to have any 
chance of success. The planning process, and a great deal more, is driven by “equipment 
standards” — loading guidelines, maintenance rules, and formulae and habits for the 
specification of and use of the T&D system. There is usually a “right way of doing things” 
which is based on the standards but may have unwritten rules. If they feel they must 
innovate or change, they must do so by enlisting the participation of other departments to 
change the standards, convincing them that the changes are good for the system. 


Technology-dominated utility 


A very different type of utility, quite non-traditional, is the “tech” utility. These companies 
have very strong engineering and/or IS departments and prove very good at using 
technology, whether new or old. They tend to hire top-notch technical people and to buy the 
best “tools” available, and generally are the industry leaders in trying new technology and 
making it work. Culturally, they are quite confident in their ability to competently use 
technology, and also in their capability to capitalize on newer technology to solve problems 
and improve performance. Most of these utilities are wire companies created by 
disaggregation of a large traditional vertically oriented utility which had very good 
engineering and IS departments, and which spun off its generation, resources, and its retail 
activities as separate companies. Re-allocation of human and corporate resources among 
these different activities left the wire company with a disproportionate amount of 
engineering and IS resource strength but less strong commercial and business savvy. 

Tech utilities make few if any technical mistakes. Typically, they benchmark superbly 
with respect of measures of the efficiency of their system and of their engineering and 
planning processes. Their performance in some technical areas is studied (but rarely copied 
because of the effort and expense) by other utilities. Despite this superior performance, 
some “tech” utilities find themselves in a quandary when dealing with changing business 
environments or dealing with issues for which technology is not a key ingredient or an 
enabling factor. Their strengths do not cover retail and business issues like other 
companies’ do, and many have very poor business performance as a result. 

Planning in the “tech” utility is judged as much by its tools and methods as its results. Its 
culture expects the use of advanced methods and to have and use good IT systems, and a 
person receives little internal respect unless he or she does their part of that. Often, Planning 
is a key part of the justification for advanced systems (e.g., an advanced GIS system is 
justified partly on the basis of improved planning). Enthusiastic participation in the process 
of studying and deciding on new technology, and a “positive, cooperative” attitude toward 
justifying it as a necessary element of success for the Planning department. 

Planners at a tech utility will have superb data systems and planning tools and an 
“engineer friendly” environment supportive of technical innovation. They should view part 
of the job, however, as keeping an eye open for vulnerabilities their company’s weaknesses 
may cause in its overall ability to plan. They should consider if and how they can apply 
more business concepts to the strategy, if they see that is neglected, and they should keep an 
especially broad perspective on the breadth of the scenarios they study and the forecasting 
they do, as these may be weaknesses in their company’s capabilities. 


The long-term effects of cost cutting 


A completely different category is the “tightwad utility’ — a company dominated not as 
much by financial performance concerns as by an intense focus on cost control and 
spending limitation. A sudden and intense need to reduce spending and control costs does 
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not necessarily put a utility in this category. All companies go through such periods from 
time to time. But the “tightwad utility” evolves gradually, as a result of “draconian” cost- 
cutting measures driven but not well communicated from the top of the organization over a 
long period. This culture typically develops slowly, over a period of seven to ten years of 
continuous tight budgeting, due to poor communication and “stand off’ management. 

These utilities always have three characteristics that are immediately recognizable to an 
outsider. First, spending authority has been moved far up in the organization. Second, 
involved and intricate cost control, tracking, and approval procedures have been created and 
institutionalized. Third, many mid-level management and professional staff members have 
developed a rather dour attitude of just “going through the motions” in their jobs. These 
utilities do spend somewhat less than other utilities. From what the author has seen, though, 
they get far less per dollar. 

This is perhaps the worst performing utility culture. These companies tend to have a 
lack of coherency throughout: many employees and managers are aware of the cost 
reduction targets but do not really understand them, and often feel the victim of, not the 
beneficiaries of, this cost reduction.! Ultimately, these utilities create their own bad luck in 
two ways. First, the intricate and often cumbersome internal processes they have put in 
place for “cost control” drive up overhead costs, lengthen the time required to make 
decisions, and limit their flexibility. Second, eventually they defer spending too long or 
trim costs too much and one way or another “run the ship on the rocks” — creating major 
operating (reliability) problems. (These can be truly disgustingly inept organizations). 

Planners at a tightwad utility have a difficult challenge. First, they are often viewed as 
part of the problem (“planners spend money’), whereas planners are never needed more 
than when there is not enough money and spending must have a sharp edge. They need to 
understand that, despite their concerns, their job is to trim costs as much as possible. 
However, they should also see if they can help develop a process to show upper 
management, in a diplomatic way, when and where cost reduction has been carried too far.” 


Balance among priorities — the business utility 


Every utility needs to pay attention to its traditional processes, to its role in the community, 
to the “care and feeding” of its system, to technology and the competent use of it, to cost 
control, and to many other important facets of its operation. Each of the “utility 
personalities’ discussed above is simply a utility that had gone too far toward a dominance 
of one of these important areas to the exclusion of others. 

The key to success in a modern power industry is balance — maintaining all of these 
issues in proper perspective, and addressing all in the most synergistic manner possible, 
with the resources at hand. Utilities the author has seen who do this well might be called 
“business” or “business case” utilities. They have two characteristics. First, they seem to 
have good management that pays attention and communicates. Second, they employ a 


' Cost reduction, when required, is needed in order to keep a company solvent and in good working 
order as a thriving business. Employees should understand that maintaining the business in good 
stead is the best possible step towards guaranteeing them (at least most of them) future jobs. 


? A characteristic of many of the utilities that suffered major outage events in the late 1990s and early 
2000s, is that, while each had cut spending greatly in the decade prior to the problems, none had 
really effective tools to directly link spending and reliability in a cause-and-effect basis (e.g., as 
described in [Chapter 28). One cannot prove that such tools would have changed the situations, but 
the executives cutting costs were not trying to create problems: they simply had good models about 
the financial implications of spending but not the reliability models. One can argue that the planners 
at these companies let down their management as much as the other way around. 
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uniform and coherent business-case approach to all the issues they must balance: public 
obligations, customer desires and opinions, regulatory obligations, stockholder obligations, 
employee obligations and opinions, technology, the T&D system and its condition and use, 
and the money it spends. A business perspective is applied to all. 

Far from being a narrow focus, the financial context carried by a business perspective is 
a uniting process. It brings about a uniformity of values and prioritization. Combined with 
good communication of goals, this results in coherency of purpose among all segments of 
the utility. “Business” utilities seem to understand themselves and their limits better than 
other types of utilities, and strive for internal balance and external high performance in all 
categories. 

Planning in a business utility 1s identified as a critical function by executive 
management. It gets more attention and consideration, and has a more strategic involvement 
in decision making and policy setting, than in traditional utilities. It has a much greater 
“financial” component: executive management expects Planning to go beyond traditional 
cost analysis and cost minimization to look at business cases and the larger financial 
picture, too, in its planning of system expansion and capital spending. In some cases, the 
perspective of executive management may have changed sufficiently that they think of 
Planning not as the group that lays out and decides what additions must be made to the 
system, but as the group that decides how much and how to investment the capital budget. 

Obviously, planners in a “business utility” will succeed much more if they use a 
business-case basis for all their justifications and studies and if they adhere to the “company 
line” with respect to priorities. What planners new to this type of environment may not 
appreciate is that they will have to be much more flexible in this type of utility, compared to 
working in any other type of utility. They will find a willingness to negotiate and 
compromise essential in their work. In a “traditional” utility there is no hard limit on capital 
spending, and within reason planners would usually get most of what they felt the company 
should build — the traditional paradigm ee [Fie 65) has a “built in” business case, 
compatible with the utility’s values, for every least-cost project it churns out. Public 
steward and equipment steward utilities are basically like this ~ although planners have to 
adhere to the cultural priorities to make their case. And in a “tightwad” utility, there is little 
spending, period — so there is little to compromise about. 

But in a business utility, planners will find that they are only one of a multitude of 
strong groups, each a proponent of its view and all held in check — in balance — by 
management, so that none gains the upper hand. Negotiation, working in concert with other 
sets of priorities, is essential. 


The adventuresome utility 


For completeness’s sake, it is worth noting that there was, briefly, a category of electric and 
gas utilities that could be called “adventuresome.” During the late 20" century, some 
electric utilities undertook investment in and diversification into a wide range of 
unregulated businesses: real estate development, software, telecommunications, home 
security, HVAC, contracting, and many, many more activities outside of their traditional 
regulated business areas. Some of these utilities went into unregulated business areas close 
to their core competencies and organizational strengths: energy, power equipment service, 
energy management. Many of these conceived and managed their initiatives well. As a 
result, a fair number of these initiatives were successful and those that were not “crash 
landed” softly, without major damage to the company’s overall financial solidity. 

But there was among these companies a swaggering element that had to be “bigger and 
bolder.” In retrospect one has to wonder what some of these companies were thinking. 
They were unfamiliar with the spirit and context of competitive businesses. They had no 
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particular experience in many of the industries and fields into which they moved. Their 
professional staffs were unfamiliar with the technologies needed. It was almost as though, 
having decided to move outside the utility industry, the people making the decisions felt 
they had to do everything the opposite of how they had operated in the past. They had been 
risk averse; now they must take big risks. They used to analyze situations carefully and 
make prudent decisions very responsive to the downside risk; now they must leap before 
looking. They used to move incrementally; now they must make only bold, quantum leaps. 

Regardless, this led to business failures, some of them quite spectacular and 
ignominious, and all significant enough to “sink” the utility financially. In every case this in 
turn led to the replacement of the upper management responsible for the adventure, and in 
many cases it also led, of desperate necessity, to the acquisition of the utility by a company 
that could provide the (now) needed cash, as well as sound management to dig the utility 
out of the financial hole its unregulated adventures had created. 

At the time of this writing, there are few if any adventuresome utilities left; their upper 
management and cultures having succumbed to a Darwinian process that leaves only the 
prudent and well-managed in place. However, it is worth noting that, during the period of 
these adventures, these utilities had a “cocky” internal culture (at the top) that turned its 
back on input. Planning as both a function and a department was neglected; its better people 
might have been taken and re-assigned to the more glamorous unregulated businesses, and 
the capital needed for T&D may have been diverted to other purposes. Certainly upper 
management paid more attention elsewhere. 

In a few of the surviving organizations (those left after the upper management departed 
and the utility returned to a focus on its traditional business), financial problems linger, 
creating something of a “tightwad” culture. However, in all but a very few, the new 
management team is involved and communicative, so rather than a true tightwad culture as 
described above, the utility is much more a business utility, albeit one with significant 
financial challenges in front of it. 


For planners: fit in to the 
organization and culture 


The foregoing was not meant to be judgmental or cynical. Rather, it was meant to be candid 
and direct. Planners should be honest with themselves about their company’s strengths and 
shortcomings and about their need to fit in. In addition to doing their planning well, a big 
part of their job is meshing smoothly within their company’s machinery. They can do this 
best by understanding their company and its values, accepting them even if they feel they 
most work for change, and working within the system. This does not mean they should 
blindly acquiesce, but in almost any organization, one can work for change best from a 
position of strength within the organization. Planners should work to build that first. 


A Utility’s Mission and Values 


A utility’s values are often summed up in its “corporate mission statement.” While these 
statements sometimes seem to be superficial and largely written for public- or employee- 
relations purposes only, a company’s “mission statement” usually succinctly defines its 
overall corporate values, at least as desired by the executive level. [able 26.1]lists several 
different utility mission statements and shows how they identify key priorities, which, after 
interpretation into more detail, lead to the goals and guidelines that form the foundation of 
the T&D planning process. Planning goals and guidelines for T&D, DSM, and IRP 
planners should vary among different utilities, because most utilities have different 
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Table 26.1 Mission Statements of Four Electric Utilities 


“Our company will be the premium regional provider of electric power.” 
Recognizing that its current financial situation prohibits competing on the basis of price, this 
utility has decided to make quality and service its hallmark. Achieving lowest possible cost is 
not the goal; achieving low cost while meeting high service standards is. 


“Provide economical electric power for the prosperity of the region.” 


This municipal utility has a long-standing tradition of low rates, a way of attracting new 
industry (i.e., growth) to the region. Plans that invest a good deal to improve quality are simply 
“not with the program.” Marginal quality improvements in a new plan are permissible only if 
they lead to lower cost. 


. . Maximize return on equity.” 


This criterion means the utility wants to earn the most on what it currently owns. Utilization of 
existing T&D facilities is the key. This utility is more reluctant to invest by borrowing than a 
utility that wants to maximize return on investment. Plans that call for massive capital 
spending may be unacceptable. 


... Maximize retum on investment.” 


This mission makes no direct distinction between equity and debt — apparently the utility is 
willing to borrow, if it increases what it can earn on that investment. A plan calling for 
considerable capital outlay is permissible, if that investment yields a good retum. 


priorities. Mission statements are qualitative assertions of the overall philosophies and goals 
that lead to the quantitative engineering and economic criteria used in distribution planning. 
By understanding what their company is trying to do, the T&D planners have a better 
understanding of how to achieve those goals. 


Financial Priorities Usually Dominate Priorities 


At the top, a well-run utility company, particularly a “business” utility or even a well- 
balanced traditional utility, recognizes that it has three sets of “stakeholders” — persons or 
organizations or whom its performance is a concern or interest. These certainly include 
stockholders — those persons interested primarily in the financial performance of the 
company. For an investor-owned utility these are its stockholders. For a publicly owned 
utility, these are the city, county, or state government leaders who control its budget and 
basis. For a cooperative utility, these are its consumer-owners. The second stakeholder 
group includes the utility’s customers, to whom it has an obligation to serve as well as an 
abiding interest in doing a good job and gaining reasonably high levels of customer 
satisfaction rating. The third group is employees, which a well run company views as key 
elements of its resources and obligation. 

All three of these stakeholder groups, and their interests, are important to every utility’s 
management. But of the three, the financial concerns receive the most attention and focus at 
the top executive level. This is because, whether investor-owned or government run, a 
utility without a sound financial basis can do nothing. Every utility still adheres to 
commitments that match revenue and cost on some basis. This is also because the “non 
executive layers” of the utility — those doing the work and in the field and their direct 
supervision and the management level above them — are the mechanism that focuses on 
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customer concerns. Executives know that keeping the finances in good shape is how the 
executive level enables the rest of the company level to do its job of satisfying that second 
stakeholder group well. 

The executive level of a utility usually has a corporate and financial planning process 
through which it makes decisions about how to run the business. The utility’s executives 
identify its needs, the commitments it must make, and determine how it will meet them. 
T&D planners input to this process. Traditionally they submitted estimated budgets for 
capital and O&M spending. In modern situations (BCP) they provide Pareto curves and 
other information for informed executive decision-making on the tradeoffs possible 
between spending and customer performance. The nature of this planning, and how it is 
done, is beyond the scope of this book, but several references are available that describe it 
(seelreferences]at end of the chapter). 

The output of this financial process is of great interest to T&D planners, for somewhere 
in this output will be the “rules” about spending — the discount rate to be used, and so forth, 
as well as any budget limit, 1f one has to be imposed. Budget limits have become the rule 
rather than the exception in the power delivery industry. Often the executive level at a 
utility sets great importance on driving financial factors such as debt/revenue ratio or other 
financial measures. Subsequent corporate/financial planning done with those goals in mind 
leads to recognition that capital spending (and hence T&D budgets) must be kept within 
certain limits. 

Regardless, it is quite common for T&D planners to be given quite tight budget limits, 
equal to only 70% or even less of what was required by the traditional evaluation and 
prioritization process. These lead to a need to apply budget-constrained evaluation and 
prioritization methods in order to maximize the limited budgets (see[Chapter 6}. 


Regulatory Issues 


Regulatory issues, reflecting the priorities of the state or federal regulatory agency 
overseeing the utility, may also be reflected in guidelines that planners are given. These 
may be in the form of a positive budget constraint; it is not uncommon to see a utility 
commit to spend a certain amount of money on a certain program or set of projects. For 
example a utility might promise regulators it will spend $50 million over five years on 
refurbishment of old wire on rural circuits. Planners would then be told to include $10 
million per year of these projects in their plans. 


Reliability Targets and Performance-Based Rates 


Customer service quality — reliability — is invariably a big concern for any electric utility. 
Along with the utility’s rates, service reliability is really the only meaningful measure of the 
utility’s performance. Ideally, financial and reliability goals should be set within a process 
that acknowledges and understands the relationship between one and the other, and that also 
recognizes where and how management can influence that relationship. One of the major 
roles of 21“ century T&D planners is to provide upper management with information on 
this relationship. shows the results of the input which T&D planning provides 
to the executive level, part of the information base used by upper management to determine 
spending levels and performance expectations for the utility. This curve is from Chapter 6’s 
discussion of evaluation and prioritization paradigms. arc ae reliability-based 
planning methods used in this analysis and how they are used. But a critical element is that 
it is of little use unless the utility has a mechanism that permits the strategic information 


from the reliability analysis, information of the type summarized by the Pareto curve, to be 
used by the executives in the utility’s policy-making and strategic planning process. 
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Figure 26.1 (From [Chapter 6). A Pareto curve developed for a particular utility shows the annual 
level of capital spending required to sustain various levels of expected average SAIDI performance in 
a region with 110,000 consumer delivery points. The utility can spend between one and twenty-five 
million dollars and obtain a system with a sustainable expected SAIDI between 160 and 90 minutes. 


Identify the Explicitly define the range of 
problem application and its limits. 


What goals are to be achieved? 
What is to be minimized? 


What options are available? 


Evaluate the Evaluate ali the options ona 
Alternatives sound basis. 


Select the option that best 
select the Best satisfies the goals with respect 
to the problem. 


Final plan 


Figure 26.2 Planning involves five steps, as shown. 
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26.3 TACTICAL PLANNING: FINDING THE BEST ALTERNATIVE 
A Five-Step Process 


Planning is a decision-making process that seeks to identify the available options and 
determine which is the best. Applied to electric utility planning, that process seeks to 
identify the best schedule of future resources and actions to achieve the utility’s goals. 
Usually, among the major concerns of planning are financial considerations — minimize 
cost, maximize profit, or some similar goal. In addition, service quality and reliability are 
almost always considerations, too. And often other criteria are important, including 
environmental impact, public image, and a host of factors that the utility must cope with on 
a daily basis. But regardless, planning is the process of identifying alternatives and selecting 
the best from among them. 

The planning process can be segmented into the five steps shown in Figure 26.4 Each 
step is an important part of the process of accomplishing the goals of any type of planning, 
particularly utility T&D planning. Any of the five steps, poorly performed, will lead to poor 
decisions, a poor plan, and ultimately failure to attain those goals. 


Step 1: Identify the Problem 


Perhaps the most notorious way to fail a college mathematics or science exam is to “solve 
the wrong problem.” Few students make it from matriculation to graduation in college 
without at least once being admonished by an indignant professor who exclaims, “Nice job, 
but unfortunately you didn’t read the question and you solved the wrong problem — no 
credit.” Similarly, planners can do a brilliant job in their evaluation and selection of a plan, 
but fall short of the mark because they, too, solved the wrong problem. 

Before embarking on data collection, study, and analysis, every group of planners 
should identify explicitly the nature of the “planning problem.” Does the present project 
concern only the siting and sizing of a single new substation on the north edge of town, or 
is it really concerned with how the company will serve growing electric needs in the 
northern half of the city? Is the study of a problem feeder concerned only with fixing 
voltage flicker and fluctuation problems on that feeder, or does it concern identifying 
equipment problems and determining a fix that will subsequently be applied to the entire 
system? Is the problem to apply DSM and T&D to minimize expansion cost in a growing 
area of the system, or to set a standard and precedent for IR T&D planning company-wide? 

Time devoted to explicitly framing the planning situation at hand will be time well 
spent. It 1s recommended that the planning problem and scope be formally written, as “this 
project involves finding the lowest-cost way to provide substation-level capacity, fully 
compliant with company criteria, to meet the load growth in the northside operating region, 
specifically with regard to the expected development in the West Oaks area.” 


Step 2: Identify the Goals 


“You never get there unless you know where you’re going” — a clear identification of the 
goals makes it more likely that they will be met. A common mistake made by many 
planners is to begin their activity without explicitly identifying the goals for the particular 
planning situation at hand or identifying how these goals might have changed from prior 
planning situations. 


Special goals 


Occasionally, there are additional goals unique to a particular plan or situation. For 
example, it might be important to accommodate the esthetic and land-use preferences of 
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local community leaders or to use equipment or rights-of-way and sites already in 
inventory. Usually, such special goals are unique to one particular case, caused by some 
unusual situation or set of circumstances. Table 26.2 lists several special goals from T&D 
planning cases the author has done. 


Step 3: Identify the Alternatives 


No amount of detailed evaluation and selection in subsequent steps can choose an option if 
it is never considered in the first place. In many ways, this third step is the most critical part 
of planning: identifying what could be done — the alternatives open to the planner. What 
options are available? What variations on these options would be possible? This function 
encompasses determining the range of possibilities for solving the problem. 

This is where the majority of great “planning disasters” occurs — the mistakes that lead, 
weeks later, to statements like, “Why didn’t we think of that?” For, while apparently the 
least challenging part of planning, a good deal of skill, breadth of thinking, and time is 
required to identify the range of possibilities. Time and resources are always limited, and 
the temptation is strong to assume that one can see all the options just by “a quick look at 
the problem.” But this is seldom the case; a brilliant solution to an unusual problem most 
often comes from recognizing that there are also unusual options available to solve it. 


Table 26.2 Examples of Special Planning Goals or Criteria 


New facilities will be located inside the county boundaries. 


Here, the utility wants visible proof that it is investing in and increasing the tax base of its 
particular community. Where possible, new substations and facilities must be built within 
the county, even though there may be reasons to locate switching stations and other 
equipment outside the county. 


New plan will include nothing over 46 kV “transmission.” 


The utility’s management knows that 46 kV and below are classified as distribution 
voltages and require a shorter, easier, and less costly approval process. The planners’ 
challenge is to develop a workable, efficient plan that uses what is, in effect, a distribution 
voltage for transmission. 


Substation sites must be “developed” immediately upon purchase. 


Substation sites will be cleared, fenced, and have equipment — spare transformers or 
breakers — put on the site. Management’s purpose in this policy is “disclosure” — it is very 
clear from that moment on that the site is a utility substation, as anyone buying and 
developing land around it can see. This initial cost must be factored into plans. 


Expansion plan must include “recourse.” 


In this case, the utility’s executive management was concemed that a new, untried DSM 
program might fail to meet its projected load reduction goals. They wanted a guarantee 
that there was a “T&D fallback” plan to reinforce delivery capability quickly and 
economically if DSM fails, completely or partially, to meet its goals. 


Expansion plan must include “targeted DSM.” 


Here, for political reasons, the utility chose to demonstrate its willingness to apply targeted 
DSM to reduce peak demand in the downtown area. Such DSM programs and their 
projected load reductions had to be factored into the plan. 
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A common failing: too short a planning horizon 


Failing to look far enough ahead tends to limit options by default, contributing to poor 
planning. As a simple example, consider the generation options shown in Table 26.3. These 
options have lead times that range from three to 12 years. The fact that generation can be 
added with lead times as short as three years means that a utility can get by while never 
looking more than three years ahead in its generation planning. But that limits it to future 
additions that include only small diesel, gas turbine, combined cycle, and photovoltaic 
units, which may not make for the most economic mix of generation. If it adopts a policy of 
planning further ahead, it does not limit its options, but can perhaps plan a better system. 

Short planning periods often limit a utility’s options with regard to power delivery 
planning and lead to much higher costs, generally due to an inability to obtain good 
substation sites. A common lament among T&D planners is, ““We could have done a much 
better job, but the good sites and land were already taken.” What is usually left out of this 
complaint is that the planning period used for distribution expansion evaluation was only 
three to four years ahead. The utility is losing out to other people interested in acquiring 
sites for other purposes, people who are looking ahead more than three or four years. 

By looking only a few years ahead, the utility reduces the number of options available to 
it. Yet despite the best sites and routes being committed to other purposes, the distribution 
planners will find a way to do the job, but the resulting plan will usually have both higher 
costs and lower reliability than would have been the case had better sites been obtained. 

Within reason, the recommended approach to any type of planning is to lengthen the 
planning period sufficiently to include all possible alternatives. In the case of the generation 
planning shown in Table 26.3, this would mean 12 years, or if nuclear were not considered 
to be viable, at least nine years ahead. 

Having a sufficiently long planning period does not in and of itself assure good 
planning, but it is a necessary step. For distribution planning, a minimum planning period of 
five to seven years 1s normally recommended. Within this, the utility can identify sites if 
and why and where it needs to obtain them early, before they are unavailable. Savings 
accrue both because the utility obtained the site early at a lower cost, but most importantly 
because the site at the correct location is obtained. Often, if the utility waits, a site at the 
best possible location is not available at any price. By using a lead time long enough to give 
it these options, the utility is performing the first function of the planning process correctly 
— assuring itself that it considers all possible alternatives. 


Table 26.3 Lead Times for Generation Units 


Type Lead time Type Lead time 
Nuclear 12+ Coal > 600 MVA 9 
Hydro > 50 MVA 9 Tidal/ocean current 8 
Fluidized bed coal 8 Coal to 600 MVA 7 
Windfarm > 3 MVA 6 Hydro < 50 MVA 6 
Coal < 400 MVA 5 Combined cycle > 100 MVA 4 
Photovoltaic > 3 MVA 3 Combined cycle < 100 MVA 3 
Diesel < 15 MVA 2 Gas turbine < 20 MVA 2 
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The downfall of planners: failing to consider all the alternatives. 


Step three in the planning process — identifying all the alternatives — is where a surprising 
number of both manual and computerized planning procedures fail. When looking at or 
reviewing their planning procedure, T&D planners should study if and how it assures them 
that it does consider all possible options. Planners need to constantly remind themselves to 
be open-minded and not to have pre-conceived notions about what the solution is and where 
it lies. In addition, the procedures and computer programs used need to be reviewed to 
ascertain that they do not limit the options considered. 


Example of a computer program that fails to look at all options 


A good example of how a planning process can fail because it does not look at all options is 
a method of computing “capacitor optimization” which was popular in the late 20" century. 
This will serve as an example of how many planning processes fail to generate sufficiently 
wide “alternatives scope.” Optimization procedures generate, evaluate, and search through 
a large set of alternative solutions to a problem, selecting the best solution based on their 
mathematical criteria. However, like manual methods (and just plain lazy planners) a 
computerized method can fail to do a good job if it does not consider all the alternatives. 

In this example, the distribution planner wants to determine how many, what sizes, and 
where capacitor banks should be located on a particular feeder in order to minimize losses 
and meet voltage and power factor criteria. The “nodal scan” method approaches the 
problem of locating and sizing capacitor banks on a feeder such as shown in|Figure 26.3] 
with the following approach: 


1) Using some form of starting rule, estimate how many kVAR might be needed 
(what this formula is and how it determines kVAR is not important to this 
discussion). 


2) By trial and error evaluation, try a capacitor bank of that size at every node on the 
feeder, and compute voltage drop and economic losses. Select the node that gives 
the best result. Put the capacitor bank there. 


3) Re-compute the starting rule, acknowledging the existence of this new capacitor 
bank, to determine if additional kVAR is needed. If so, repeat the process of trial 
and error, trying capacitor bank number two at all nodes. Pick the best node for 
its location, and compare this solution to the “single capacitor” solution obtained 
in step 2. If capacitor bank number two improved the situation, leave it there, and 
repeat this step for capacitor bank number three. If this solution is worse, forget 
this capacitor, and stop the analysis. In the feeder shown in Figure 26.3, this 
method decides that bank number one belongs at point A, and bank number two 
at B. 


During the learly 1990s, there were at least a dozen computer programs throughout the 
power industry that used some variation on this heuristic search theme. They varied greatly 
in the type of load flow and the details of their search rules, but all used the basic search 
rule given above: they check all possible nodes to see where capacitor bank one should be, 
then, with that first bank in place, they check all possible nodes to see where the second 
capacitor bank belongs. What they fail to consider is situations for capacitor bank two 
where capacitor bank one is anywhere but at the single location that was determined for it 


in step 2. Thus, they do not generate all the alternatives that are possible, as shown in 
Figure 26.4 
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Figure 26.3 A 40-node feeder, a candidate for one or more capacitor banks. Eventually, a 
computerized planning procedure decides to put one bank at A, and a second at B. 
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Figure 26.4 The 1,681 combinations (412) of possible locations for two capacitor banks on a 40- 
node feeder (“none” in the axis represents the case “no capacitor’) are represented here as squares in a 
41 by 41 grid. The computerized capacitor-siting procedure described in the text examined only those 
alternatives that are shaded. The shaded bottom row indicates the first iteration — the procedure 
scanned all possible locations for capacitor bank one when capacitor bank two wasn’t there (none), 
settling on node A as its selection. It then examined all possible locations for capacitor bank B, with 
capacitor bank one already at location A (shaded vertical column). Jt never identified the many 
combinations of siting that are unshaded. By failing to identify them, it most likely failed to find the 
best solution. 
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The “solution space” for the 40-node feeder has 1,681 possible 
combinations of two capacitor bank locations. Yet the “optimization” procedure examined 
only 82, or less than 2% of the possible combinations. As a result, this “optimization” 
method is unreliable. Occasionally, it gives very good results, when the optimal solution is 
for only a single bank, or when it just happens to stumble on the correct answer. But most 
often it gives poor results, because it has not examined every possible option. 


“Do nothing” should always be one of the alternatives considered 


One of the most serious mistakes made by planners is to assume that the best alternative 
involves doing something. Occasionally, it is both less expensive and better from a service 
standpoint to delay any commitment or changes in the T&D system — to do nothing. Even 
when this is not the case, “nothing” should always be included in a planning report as one 
of the reviewed options. This permits the planners to explicitly justify why something must 
be done, by showing that “doing nothing” would violate criteria or requirements, or lead to 
very poor economy. Evaluation of “nothing” is a key element of justifying a plan’s 
conclusions. A planner should always include “nothing” in the explicit evaluation of 
options, documenting why it fails to meet requirements or economy. 


Using judgment to delete alternatives prior to evaluation 


Given prudence and reasonable care, a planner is not making a mistake to use his or her 
judgment to delete options as soon as they are identified. All planners do this to some 
extent, and experienced planners can reduce the work required in subsequent steps by 
rejecting possible solutions as soon as they are identified. Applying judgment where one is 
confident it is accurate enough for evaluation purposes seldom leads to planning mistakes. 
Judgment lets a planner down if it is applied to assume quickly that all options have been 
identified, without time having been spent to review and check this conclusion. 


Step 4: Evaluating the Alternatives 


All alternatives should be evaluated against a common and comprehensive evaluation 
standard, one that considers every aspect pertinent to any option, and one that addresses all 
the goals. For power delivery planning this means evaluating alternatives against criteria 
and attributes that represent the utility’s requirements, standards, and constraints. For DSM 
programs this means matching customer needs with marketing standards and guidelines. 

Very often, the actual planning process will combine the evaluation and selection 
functions (this will be discussed later in this chapter) in a process designed to reject 
alternatives quickly and with minimum effort. Regardless, evaluation is a key function of 
these methods and should be examined carefully to make certain that it too is done 
completely. Alternatives should be evaluated completely, with criteria that apply to them, 
and so that nothing is overlooked or biased. 

Alternatives must be evaluated against both criteria and attributes. Criteria are 
requirements and constraints the plan must meet, including voltage, flicker, and other 
service quality standards, contingency margin rules, summer and winter loading limits, 
safety and protection standards, operating guidelines, service and maintainability rules, and 
all other design standards and guidelines. A true criterion must only be satisfied; if the 
utility’s voltage standards range from 1.05 to .95 per unit, then a particular design 
alternative is acceptable if it has voltages as low as .95 per unit, but no lower. 


3 A common argument is that evaluation of “nothing” is so obvious that it does not need to be 
included. But if that is the case, why not include and document its evaluation? 
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Table 26.4 Some Typical Criteria and Costs Evaluated in T&D Planning (see|Chapters 20 and[2 I) 


Voltage standards Equipment loading standards Protection standards 
Contingency margin requirements Clearance and safety standards Maintenance restrictions 
Construction method requirements Esthetic impact and standards Pollution/toxicity of materials 


Flexibility of future design Site cost (including legal costs) Site preparation 

Permitting costs Design cost Equipment costs 

Labor cost Maintenance and operations cost Taxes and insurance costs 
No-load losses costs Load-related losses costs Contingency loss of life costs 
Salvage cost/value at end of life —_ Liability/risk costs Reliability penalty costs 


On the other hand, if the planners treat a feeder whose lowest voltage is .96 as better 
than one that reaches .95, to the extent that it would be selected as “best” even if it cost a bit 
more, then voltage drop is not a criterion, it is an attribute. An attribute is a quality that is to 
be minimized (or maximized) while still meeting all criteria. Criteria and attributes are 
discussed in detail in Chapter 20 The point here with respect to planning is that there are 
many criteria against which the plan needs to be assessed, but usually only one attribute. 

Traditional power delivery planning is single attribute planning, in that only one 
attribute (cost) is to be minimized. The evaluation step consists of determining if each 
alternative meets all the criteria (if it doesn’t, it’s unacceptable no matter how low its cost). 
Among those that are acceptable on all counts, cost is determined. 

Cost is a multi-dimensional attribute, all aspects of which must be included in the 
evaluation: equipment, site costs, taxes, operations and maintenance, and losses. Table 26.4 
lists some of the more common criteria and cost factors that need to be assessed in 
distribution evaluation. [Chapter 6|discusses cost evaluation in more detail. 


Where mistakes occur in the evaluation step 


Mistakes that take place in the evaluation function generally occur because the planners do 
not check to see if their methodology meets three requirements: 


Does the evaluation consider all criteria and factors that are important to the goals? 
If a goal is to have T&D recourse in case a DSM program fails to meet its reduction 
targets, then the evaluation used must be able to measure “recourse” — not always an 
easy task. Otherwise, there is no way to evaluation options based on it. 


Does the planning method evaluate criteria fully with respect to all resources? For 
example, some planning methods evaluate reliability only with respect to T&D 
outages and connectivity. When evaluating DG and DS, the reliability method must 
accommodate lack of fuel availability and failure of the units themselves, too. 


Does the planning method treat all options equitably? An evaluation method that 
considers all factors affecting some options but not all factors affecting others 
provides a biased comparison. For example, a municipal utility might consider a 
planning method that neglects the cost of future taxes suitable (the utility doesn’t pay 
taxes to itself, so tax is a moot issue for facilities located inside its territory). 
However, some municipal utilities serve areas outside their municipal boundaries, or 
occasionally find themselves having to locate facilities outside their boundaries. 
When considering such situations, the evaluation must include the value of any taxes 
that would have to be paid to other taxing authorities. 
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Step 5: Selecting the Best Alternative 


This step involves selecting the best alternative from among those that are evaluated. In 
many planning procedures, this function is combined with the evaluation function, and it is 
difficult to identify where evaluation ends and selection begins. In fact, efficient planning 
methods that minimize the time and effort required to complete the planning process tend to 
combine steps three through five into one process that converges on the best alternative. 

Regardless of if and how the evaluation and selection functions are combined and 
performed, the planner should explicitly study the planning process and determine how it 
selects the best alternative and if this is done in a valid manner. The most important points 
are to assure that the definition of “best” truly matches the goals and value system being 
used, and that the evaluation/selection method is capable of distinguishing between 
alternatives in a valid manner. 


Definition of best 


What is the best alternative? This depends on the goals for the particular situation. Going 
back to an example discussed earlier, if one goal in a particular planning situation is to have 
recourse to reinforcing the system economically at a later date, then the evaluation process 
must measure this quality in each alternative, and the selection process must give weight to 
the resulting measures to assure this criterion is met. Alternatively, if one of the goals is to 
meet the esthetic requirements of the community, these must be defined, alternatives must 
be evaluated against that criterion, and those determinations used in selecting the best one. 

A surprising number of planning mistakes, or inefficiencies, is made in the selection 
process, because the planner does not assess alternatives on the basis of what is important to 
the planning goals of the particular planning situation. The planning method’s selection 
function should be examined to determine: 


Does the definition of “best” match the planning goals? The fact that alternatives 
were evaluated on the basis of a particular attribute in function 2 does not mean 
that it is weighted properly in the selection phase. For example, a common failure 
in T&D planning is to assess the value of electric losses in a distribution plan, but 
then fail to acknowledge their value in selecting the best design. 


Can the planning method accurately distinguish between alternatives? Merely 
because it evaluates alternatives on the basis of a particular criterion or attribute 
does not mean that a planning method does so with the accuracy required to select 
among the alternatives. If the “best” alternative scores 2% better in evaluation than 
any other (e.g., costs 2% less), but the evaluation process is only accurate within 
3%, then selection of that “best” option is questionable. In many planning cases 
the margins in cost, environmental impact, or other attributes among alternatives 
can be small. Error range in the evaluation and selection among close cases must 
be small enough to assure that the determination of “which is best” is accurate.* 


illustrates this problem with a practical example. Two integrated resource 
plans are being evaluated to determine if either would be preferable to a base, all-T&D 
plan, and if so which of the two is the best. As evaluated, the two integrated resource 
alternatives have a difference in savings of $146,000 PW out of more than $27 million PW. 
{s the planning method accurate enough to make this determination on a reliable basis? 


* Accuracy in evaluating factors and costs that are the same among alternatives is not necessary for 
selection. For example, an accurate estimate of nght-of-way cost is not needed to decide between 
two alternative transmission designs that would use the same route and nght-of-way width. 
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Figure 26.5 Screen displays from an integrated resource T&D planning program, showing expected 
annual expenditures for a base T&D expansion plan and two integrated DSM and transmission plans. 
Height of bar shows expenditures by year (in constant dollars). The first alternative plan buys 21.5 
MW of load control peak reduction to obtain a five-year deferral of the transmission projects (tall 
budget spikes) for a projected savings of $3.46 million PW. Alternative two buys a four-year deferral, 
for a projected savings of $3.32 million. While the planning method used was accurate to within 2% 
(enough to determine that an IRP alternative is preferable, since the savings shown are about ten 
percent in either case), it is questionable whether it is accurate to the point that the evaluated 
difference between the two IRP alternatives — $146,000 out of $30,000,000 (a difference of .5%) is 


meaningful. 
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This example brings up a common problem with many computerized planning 
procedures. Like any analytical method, computer programs produce only so many 
“significant digits” of accuracy in their computations and contain approximations and other 
limitations to their accuracy. Planners often fail to consider this and interpret as significant 
minor differences in computed evaluations, even when those differences are well within the 
accuracy limitations of the algorithms. 

Many widely used planning programs have approximation ranges of five to ten percent. 
The substation siting and selection method developed in EPRI project RP-570, and widely 
used in the 1980s, assessed site and substation costs by estimating feeder and losses costs 
with a linear evaluation of “between substation transfers.” Error in feeder-level cost 
analysis was often greater than ten percent. Another approach to computerized substation 
planning, the service area optimization method, evaluates feeders and losses with more 
detail, using a piece-wise linear “synthetic feeder analysis.’”’ Usually, its results are accurate 
to within plus or minus three percent. That accuracy advantage makes service area 
optimization much better at reliably selecting the best site, one reason it gradually became a 
preferred planning method, but it still has an “approximation band” of which the planners 
should be aware. 


26.4 SHORT- VERSUS LONG-RANGE PLANNING 


There are many sound reasons to plan, but lead time — the fact that it can take one or more 
years to accomplish a planned activity — is the reason that planning has to be done. The time 
it takes to prepare, build, and instal! facilities sets the minimum acceptable planning period 
for any activity. If it takes up to five years to order materials, obtain permits, survey, build, 
test, and bring on-line a new substation, then a utility has to look at least five years ahead in 
order to make certain it will have new substation facilities by the time they are needed. 
There may be reasons to plan farther into the future, but if the lead time for a particular 
system element is five years, then the utility must plan that element at least five years in 
advance. 

Thus, the minimum possible planning horizon is a function of the lead time, which 
varies depending on the level of the power system — the bigger the equipment, the longer it 
seems to take to get new facilities in place, as shown in Table 26.5, which shows typical 
lead time periods for various levels of the power system. As discussed earlier, short lead 
times limit the alternatives available to the planner and reduce the effectiveness of the 
planning process. Effective, minimum-cost planning means looking far enough ahead to 
allow time for all reasonable alternatives, not just the one with the shortest lead time. The 
lead times shown in Table 26.5 are the recommended periods that encompass this concept, 
and are somewhat longer than those is needed just to get by. 


Table 26.5 Typical Minimum Lead Times at Various Levels of the System 
Level Years Ahead Level Years Ahead 


Generation 13 EHV Transmission 9 
Transmission 8 Sub-transmission 7 
Substation 6 Feeder 3 
Lateral 5 Service level mt 
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Short-Range Planning: Decisions and Commitments 


The purpose of short-range planning is to make certain that the system can continue to serve 
customer load while meeting all standards and criteria. It is driven by the lead time — it 
must identify all commitments and purchases that need to be made now in order to provide 
for service-within-standards in the future. The product of the short-range process is a series 
of decisions — the selection of various alternatives over other ones ~ for the expansion of 
the system. Commitment should never be made until the lead time has been reached — if it 
takes four years to permit, order equipment, construct, test, and bring on-line a substation, 
then there is no reason to start that process five years in advance of need. Conditions or 
needs could change in the intervening year. But if the lead time is four years, then at four 
years ahead the decision must be made. Good or bad, the utility has to commit either to 
building or waiting, otherwise waiting any longer means that it selects the “do nothing” 
option by default. 

Thus, the product of the short-range planning process is a set of Planning 
Authorizations, basically specifying exactly what facilities and equipment are to be bought, 
where they will be put, how they will be fit into the system as well as what marketing 
commitments and plans will be enacted. Short-range planning initiates the resource 
allocation process, which fills in the detail and produces the land acquisition requests, 
drawings, permit requests, materials lists and construction authorizations, hiring, re- 
organization, marketing, advertising, customer survey, and other efforts necessary to make 
it happen. 


One purpose of short-range planning is to assure that lead-time 
requirements are met. The output of the short-range planning process 
is a set of decisions and specifications for future changes to the system. 


Existing system & 
& planned additions 


Load forecast for the 
lead time year(s) 
Short-range 

Planning Process 


Identified area 
capacity shortfalls 
and solutions 


Figure 26.6 The short-range planning process consists of an initial planning phase in which the 
capability of existing facilities is compared to short-term (lead time) needs. Where capacity falls short 
of need, projects are initiated to determine how to best correct the situation. The load forecast is 
primarily an input to the short-range planning process — i.e., it is used to compare with existing 
capacity to determine if and where projects need to be initiated. 
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The short-range plan 


The “short-range plan” is a schedule of additions, enhancements, reinforcements, and 
changes that are to be made to the system and that have been authorized for construction. 
Although there is always recourse in any plan, the short-range plan is composed of 
decisions which have, in effect, been made and “locked in.” As such, it tends to be very 
“project oriented’’ — the short-range planning process leads, ultimately, to a series of 
separately identifiable project authorizations, each committing to a particular addition(s) to 
the system, with its own scope of work, schedule, budget, and justification (Figure 26.6}. 
These project authorizations are the hand-off from the planning process to the engineering 
and construction process. 


Long-Range Planning: Focus on Reducing Cost 


Why look beyond the lead tme? Among several important reasons, the most important is 
to determine if the short-range decisions provide lasting value. Unlike short-range planning, 
long-range planning — planning that looks beyond the lead time of the equipment being 
studied ~- is not concerned with making certain that the system can “continue to serve 
customer load while meeting all standards” but rather in making certain that those decisions 
that are made have a low present worth cost and fit the long-term needs. 

Consider the planning situation indicated in Figure 26.7, which shows a coastal region 
with five small cities. Customer load growth in this region requires that transmission 
capability be expanded within five years. Since this happens to be the lead time for 
transmission, a decision must be made soon. The short-range planning goal is to identify 
additions or changes to the system that will satisfy the immediate need, which is for greater 
power import capability. Among other alternatives, these short-range studies confirm that 
the Tarragon-Red Cliffs line shown in Figure 26.7 would solve that immediate problem. 


g Red Cliffs 
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New 138 k¥ line 
138 k¥ line 
69 k¥ Tine 


Figure 26.7 Within five years, something must be done to meet this region’s growing power needs. 
Among the options is the new Tarragon to Red Cliffs 138 kV circuit shown above. Studies confirm 
the new line will solve the immediate need for new capacity, but will it prove a good investment and a 
useful system element over its lifetime? To answer these questions T&D planners must look at the 
line over a period beginning when it goes into service and extended into the future through a good 
portion of its lifetime — they must do long-range planning. 
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How can the utility’s planners know if this new line is a good investment, with a low 
lifetime cost and a high utilization over its lifetime? That lifetime begins when the new line 
is completed and put in place — in five years, at the end of the lead time. Thus the short- 
range studies are of no use toward this end. 

To assess the overall present worth of a proposed addition and determine if it is a viable 
long-term asset, it must be studied over a significant portion of its lifetime, beginning five 
years from now and extending a decade or more into the future. This is long-range 
planning. Its focus is on the equipment once it is put in service. Its purpose is to determine 
if the equipment will have a long-term utilization within the system, and it provides a good 
present worth. Given typical economic factors, and considering the uncertainties in 
predicting conditions over the very long term, a ten-year period generally is considered the 
minimum for such economic evaluations.” For major projects like the example in|Figure] 
an assessment of the facility’s role in the system during the first 15 to 20 years of its 
lifetime is recommended. This long-range planning period begins at a time, already five 
years into the future, when the new line is first put into service. 


The purpose of the long-range plan is to 
assure all short-range decisions have lasting 
value and contribute to a minimum-cost 
system. The output of the long-range planning 
process is evaluations of the economy and 
viability of the short-range recommendations. 


The long-range plan 


To study a new transmission line, substation, or other planned expansion item over a future 
period of from five to 25 years ahead, the utility’s planners need to have a good idea of the 
future conditions throughout the time the new line will be in service. This includes a 
forecast of the future load levels it will be called upon to serve, as well as a description of 
the system within which it will operate. Almost certainly, this new line is not the only 
addition being considered for the next 20 years. In this particular case, new generating 
plants and additions to existing ones could increase the need for transmission, while other 
planned additions to the transmission grid could influence the performance of the Tarragon- 
Red Cliffs line, and change its role and justification in the system. In the more general case, 
the value of a new system addition depends greatly on both the load it will serve and the 
other equipment that will be added to the system along with or after it is in place. 
Evaluation should take into account the larger impacts of these future events. 

The utility planners need a long-range plan to provide such background information. 
This long-range plan must lay out the economics (value of losses, etc.) and operating 
criteria (usually assumed to be the same as today’s) that will be applied by the utility in its 
future operations. It must specify the load that will be served (long-range load forecast), and 
it must specify the other T&D additions that will be made during the period, so that their 
interaction and influence on the performance and economy of any proposed short-range 
addition or change can be fully assessed over a good portion of its lifetime. 


> When using typical discount rates (e.g. 11%) analysis of a ten-year period of service captures 66% of 
the present worth of a level investment with a 40-year lifetime, while a 15-year period captures 80% 
of its present worth. Thus 10- and 15-year periods that begin at the lead time see a majonty of the 
present worth aspects of an investment, but not all. 
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The long-range plan does not need great detail 


A long-range plan does not need full and complete detail in equipment, location, and 
design, as does a short-range plan. It needs only enough detail to permit evaluation of the 
economics and “fit” of short-range decisions regarding long-range system requirements. 

As an example of detail that is not needed, identification of the exact routes, turns, tower 
locations, and spans of other future transmission lines is not needed in order to evaluate 
how they will interact with the Tarragon-Red Cliffs line. Their interaction with the 
Tarragon-Red Cliffs line can be assessed using approximate data on their location, routes, 
capacities, costs, etc. A long-range plan needs only a certain amount of detail, sufficient to 
its purpose. Effort beyond this is wasted (Willis and Northcote-Green, 1983). 


The functions of the long-range plan 


Thus, the long-range plan provides a backdrop against which the short-range decisions can 
be evaluated. But, in addition, it provides several other useful functions, as listed below. 
The first is the long-term economic evaluation function discussed above, the reason why a 
long-range plan must exist if good economy of investment is to be assured. But there are 
other valuable contributions that the long-range plan makes to the planning effort and to the 
utility as a whole. 


Forecast of long-range distribution budget. T&D, DSM, and IRP planners are not 
the only planners in a utility. Corporate finance requires careful planning, too, in 
order to arrange debt, cash flow, and purchases so that the company maintains a 
competitive position, stays solvent, pays dividends, and attracts investors. One 
input to financial planning is a projection of the future T&D and DSM expenses 
required in order for the utility to do its job and stay in business. The long-range 
IRP identifies distribution items whose capital costs, operations and maintenance 
costs, and losses costs can be estimated for this purpose. 


Identification of long-term direction and strategy. A long-range plan provides a 
clear direction and long-term strategy for the T&D system’s future. It may not be 
the best direction or strategy, but, good or bad, it shows engineer, manager, 
operator, marketer, and executive alike the current vision of the T&D system’s 
future. It provides a point of comparison and critique, so that flaws are exposed 
and improvements identified. As a result, the plan tends to evolve and improve 
over time. If there is no long-range plan, this cannot happen. 


A basis for evaluation of new ideas or changes in procedure. An important aspect 
of the long-range plan’s role as an identification of the utility system’s future is its 
role as a sounding board for new ideas. Proposals for changes in standards or 
system design are difficult to evaluate unless they can be compared on a fair basis 
against present standards and future needs. The long-range plan provides a basis 
for doing so, a “base case” to which new proposals can be compared, whether they 
suggest adopting a new primary voltage (23.9 kV versus the current 12.47 kV), 
using larger conductors (795 MCM versus 550 MCM), or making some other 
change in design standards or operating rules. This is especially true in integrated 
studies. How can one show if and how DSM could save T&D expenses unless one 
has a base T&D plan for comparison? 


Coordination of planning among levels of the power system. As will be discussed 
in more detail in section 26.5, the plans for transmission, substation, and 
distribution levels of the system must fit together well — they must be coordinated. 
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This 1s particularly true if long-term present worth of the entire system is to be 
optimized. This goal is best achieved with a long-range plan that shows how these 
various levels will fit together and that exposes any mismatches or inconsistencies 
among their various individual long-range and short-range plans. 


26.5 UNCERTAINTY AND MULTI-SCENARIO PLANNING 


Unlike short-range planning, long-range planning’s product is not a decision per se, but the 
long-range plan, which in many ways is an end in and of itself. An important point for 
planners to bear in mind is that long-range elements in their plan do not have to be built, or 
committed to, or even decided upon, for years to come. This means that the utility can 
change its mind or, beyond that, be of two or more minds at the same time. There can be 
more than one long-range plan. 

Uncertainty in predicting major events is a major concern in long-range planning. Will a 
possible new factory (employment center) develop as rumored, causing a large and as yet 
unforecasted increment of growth? Will the bond election approve the bonds for a port 
facility (which would boost growth and increase load growth)? Situations such as these 
confront nearly every planner. Those of most concern to distribution planners are those 
factors that could change the location(s) of growth. 

In the presence of uncertainty about the future, utility planners face a dilemma. They 
want to make no commitment of resources and facilities for load growth that may develop, 
but neither can they ignore the fact that there are lead times required to put facilities in 
place, and that the events could happen. Given the reality of lead times, planners must 
sometimes commit without certainty that the events they are planning for will, in fact, come 
to pass. 

Ideally, plans can be developed to confront any, or at least the most likely, eventualities, 
as illustrated in Figure 26.8. Multiple long-range plans, all stemming from the same short- 
range decisions (decisions that must be made because of lead times) cover the reasonable 
range of uncertainty about the future. This type of planning, called multiple-scenario 
planning, involves explicit enumeration of plans to cover the various likely outcomes of 
future events. It is the only completely valid way to handle uncertainty in T&D forecasting 
and requirements planning, particularly when multi-attribute decisions are involved. 


> Build new 
ee 


Time period over 


which commitments Events A&B 
must be made now : 


Present +4 years +8 years +12 years 
Figure 26.8 Multi-scenario planning uses several long-range plans to evaluate the short-range 


commitments, assuring that the single short-range decision fits the various long-range situations that 
might develop. This shows the scenario variations for the case involving two possible future events. 
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Uncertainty in T&D growth forecasts cannot be addressed 
by planning for the expectation of load growth 


One of the worst mistakes that can be made in T&D planning, integrated or otherwise, is to 
try to circumvent the need for multi-scenario planning by using “average” or “probabilistic 
forecasts” to develop a single “middle of the road” plan. This approach invariably leads to 
plans that combine poor performance (as evaluated with respect to both electrical and 
customer service) with high cost. As an example, the forecast in|Figure 26.9] shows spatial 
forecasts for a large city. At the top are maps of load in 1994 and as projected for 20 years 
later. The difference in these top two forecast maps represents the task ahead of the T&D 
planners — they must design a system to deliver an additional 1,132 MW, in the geographic 
pattern shown. This is a formidable task, even though they have a total of 20 years to 
implement whatever plan they decide upon. 

At the bottom, in Figure 26.9, are two alternate forecasts that include a possible new 
“theme park and national historical center.” Given voter approval (unpredictable) and 
certain approvals and incentives from state officials (likely, but not certain), and continuing 
commitment by the entertainment-industry mega-company that wants to build the park 
(who knows?), the theme park/resort area would be built at either of two locations. It would 
not only generate 12,000 new jobs but bring other new entertainment and tourism industries 
to the area, causing tremendous secondary and tertiary growth, and leading to an average 
annual growth rate of about 1% more than in the base forecast during the decade following 
its opening. 

Thus, the theme park means an additional 260 MW of growth on top of the already 
healthy expansion of this city. The maps in Figure 26.9 show where and how much growth 
is expected under each of three scenarios — no park (base forecast, considered 50% likely), 
site A (25% likely), or site B (25% likely). As can be seen, the locations of the additional 
scenario growth will be very much a function of where the new park locates. Hence, the 
where aspect, as well as the how much, of the utility’s T&D plan will change, too. T&D 
equipment will have to be re-located and re-sized to fit the scenario that develops. 

The planners need to study the T&D needs of each of the three growth scenarios and 
develop a long-range plan to serve that amount and geographic pattern of load. Ideally, they 
will be able to develop a short-range plan that “branches” after the lead time, to three 
different plans tailored to the three different patterns of load growth. This may not be 
possible, but the planners will never be able to do it unless they study the situation and try. 

One thing the planners do not want to do is form a single forecast map based on a 
probability-weighted sum of the various possible forecasts, an “expectation of load 
growth” map. Such a map is easy to produce. [Figure 26.10]is the probability-weighted sum 
of the three forecast maps shown in Figure 26.9. 

While mathematically valid (from a certain perspective, at least) this forecast map will 
contribute nothing useful to the planning effort — it represents a future with 1/4 of a theme 
park at location A, 1/4 at location B, and the other half somewhere else. That is one 
scenario that will never happen. Using it as the basis for T&D planning will lead to plans 
that spread resources too thinly over too much territory. In this case, it would lead the utility 
to plan additional T&D capacity to handle about half of the load difference represented by 
the theme park — capacity to serve about 140 MW of load — split between the south part of 
the system (site A) and the east (site B). No matter which scenario eventually develops, the 
system plan is based on several major and potentially expensive flaws: 


1) If the base case actually develops, then the planners have “wasted”’ facilities 
and resources capable of serving about 140 MW of capacity, installing them 
when and where they are not needed. 
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Figure 26.9 Example multiple scenario forecast. 
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Chapter 26 


The base T&D load forecast (upper right) for an 


American city based on historical trends. Given voter approval of a $145 million bond issue, as well 
as approval by state and federal authorities, and a positive business environment, a “major theme 
park” will be built within five years at one of the two locations shown. The economic growth 
generated by the park could mean about 260 MW of additional load growth over twenty years, in 
either spatial distribution shown in the lower two diagrams. To best plan for this growth, utility 
planners need to explicitly consider each of the spatial patterns of load that develops, as described in 
the text, and develop plans accordingly (Forecasts A and B differ as to total amount of load because a 
good portion of the park’s growth falls outside the utility’s service area, to the east, in scenario B). 


Expectation 
3562 MW 


of 


Baad 


Ten miles 


Figure 26.10 The probability-weighted sum of the three forecasts in Figure 26.9. This is perhaps the 
worst forecast the T&D planners could use to develop their plans. 
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2) If Scenario A develops, the planners have wasted the capacity additions they 
made in the east part of the system (capable of serving about 70 MW). In 
addition, they have put in place around site A facilities that fall short of the 
capacity needed there by 75%. 


3) If Scenario B develops, the planners similarly have wasted the capacity 
additions made in the south (equal to about 70 MW). In addition, they have 
put in place around site B facilities that fall short of capacity requirements by 
75%. 


Planning with the forecast shown in guarantees only one thing: the T&D 
plan will be inappropriate no matter what happens. In particular, if either of the alternative 
scenarios occurs, the plan is very non-optimal. Recall i Snaae rebuilding T&D 
facilities to a higher capacity costs more than building them in the first place. In this case, 
with too little capacity installed at either site A or B, if the theme park develops, the utility 
will find that its costs in either case are more than if they had built a plan for the base case 
(no park) in the first place. 

Some announcement about the theme park will be forthcoming within two to three 
years. Thus, the uncertainty will be resolved long before most of the facilities required are 
put in place. But the poor planning would still have a significant impact. In two years, all of 
the evaluations based on the long-range T&D plan — all of the assessments of how new 
facilities will match long-term needs, all of the decisions among alternatives based on future 
economics, and all of the estimates of future budgets — will be wrong. 

The impact of this poor planning will be significant and long-lasting. An assessment of 
the uncertainty and risk using a method presented elsewhere (Willis and Powell, 1985; 
Tram et al., 1983) indicated that the expectation-of-probabilities approach would actually 
“‘mis-spend” something on the order of $1.5 million PW in this case. That is actually worse 
than if the planners simply ignored the possibility and planned using only the base forecast 
(about $1 million PW predicted impact on actual expenses). Multi-scenario planning 
reduces the risk of dollars mis-spent to less than one-quarter million. 

Regardless of how they plan, whether they use the expectation of load growth or just the 
base forecast, the T&D planners in this case will have a chance to change direction once the 
uncertainty is resolved — they will patch up their plan and somehow “muddle through.” But 
a much better way to handle uncertainty is to recognize that there will be a need to change 
direction and to plan for that. This is the essence of the multi-scenario approach and the 


concept that was illustrated in|Figure 26.8 


26.6 THE POWER DELIVERY PLANNING PROCESS 


Figure 26.11)/shows a T&D planning procedure of five stages, including a load forecast 
(customer needs), followed by coordinated steps of transmission, substation, distribution, 


and customer-level planning. The exact organization and emphasis of these individual 
planning steps will vary from one utility to another. A particularly effective organization of 
these steps will be presented later in this chapter. What is important is that all are 
accomplished in a coordinated manner. Other chapters in this book will focus on the data, 
procedures, and analytical techniques needed in each step. Here, the emphasis is on what 
each of these steps is and how it fits into the overall planning process. 

Of the five stages, only the load forecast involves a process over which the utility has no 
control. The other four concern resources over which the utility has considerable (although 


often not total) freedom of action and investment. Each of the five stages consists of both 
short- and long-range planning portions, of length shown in [Table 26.6 For the load 
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forecast, “short-range” planning consists of producing a single “base’’ forecast — a non 
multi-scenario “most accurate” forecast for use in all short-range T&D planning. This need 
cover no more than a decade ahead, that being the longest short-range planning period for 
any of the levels shown in[Table 26.6] For the other four stages, short-range planning is 
aimed at achieving recognition of problems and definition of solutions within their lead 
time requirements. 

Long-range planning is focused on evaluating the utilization and investment economics 
of all short-range projects, using a present-worth perspective or something similar. Short- 
range projects and decisions are judged against this sounding board of long-range 
performance. The load forecast can and often will be multi-scenario. Working for that, the 
long-range planning steps of all four subsequent stages are merged into a single, long-range 
T&D plan, with appropriate and coordinated representation of all system levels. 

The short-range planning periods shown in Table 26.6 are recommended for normal 
utility circumstances. The long-range planning at each level begins at that short-range lead 
time and extends through a period at least twice and as far as four times farther into the 
future. Coordination of focus, plan, and criteria among these five steps is the single most 
important quality-related issue in T&D planning. Each of the major levels of the power 
system — transmission, substation, distribution, customer — is connected to at least one other 
level. Its economy, performance, and flexibility of design interact with that other level, to 
the extent that no decision at one level is without noticeable, and often major, influence on 
the others. Coordination of method and criteria among the levels of the system is vital to 
successful, minimum-cost planning. 


LOAD FORECAST 
1 - 25 yrs. ahead 


TRANSMISSION SYSTEM 
PLANNING 5-25 yrs. 


SUBSTATION SYSTEM 
PLANNING 3-20 yrs. 


DISTRIBUTION PLANNING 
System: 6 - 25 yrs. 
Feeders: 1 - 6 yrs. 


CUSTOMER-LEVEL 
PLANNING 3 - 20 yrs. 


Figure 26.11 The basic T&D planning process involves five discrete stages. 
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Table 26.6 Typical Short- and Long-Range Planning Periods for T&D System Planning 


System Planning period - years ahead 
level Short-range Long-range 
Large generation* (> 150 MVA) 10 30 
Small generation* (< 50 MVA) 7 20 
EHV transmission (500 kV and up) 10 30 
Transmission (1115 kV to 345 kV) 8 2 


Sub-transmission (34 kV to 99 kV) 6 20 
Distribution substations 6 20 
“Feeder system” (service area) planning 6 20 
Primary three-phase feeders 4 12 
Laterals and small feeder segments ] 4 
Service transformers and secondary 5 2 
5 


Customer level (DSM, RTP) 20 


* Generation time periods are for “traditional” planning in a vertically integrated utility planning 
within a least-cost monopoly-franchise regulatory structure. Generation in a competitive 
environment might be planned within a profit-payback structure with shorter time periods. 


Table 26.7 The Spatial Load Forecast Step 
Purpose: to provide forecast of power delivery requirements for T&D planning. 


Timing: selected years to cover the period from 1 to 25 years ahead, usually 1, 2, 3, 5, 
7, 10, 15, and 20 years ahead. 


Products: small area forecast by year of peak demand, annual kWh, customer types, 
and other factors (e.g., end-use, reliability). 


Coordinated with: Corporate forecast, customer-level planning (DSM _ impacts 
forecast). Marketing plan. Critical input to distribution plan. 


Tools used: Spatial load forecast method (simulation or trending). End-use analysis of 
load/customer value. Corporate forecast database. 


Base Year (2005) Base Forecast (2025) 


Ten miles 


Figure 26.12 A spatial forecast begins the planning process. It maps the location and type of present 
(left) and future (nght) load, identifying the change in capability targets for the future system. 
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Spatial Load Forecast 


The planning process is driven by a recognition that future customer demands for power, 
reliability, and services may differ from those at the present. The load forecast projects 
future customer demand and reliability requirements, which define the minimum capability 
targets that the future system must meet in order to satisfy the customer_demands. 
Forecasting for T&D planning requires a spatial forecast, as illustrated in|Figure 26.12). The 
forecast of location of customer demand is as important in T&D planning as the forecasting 
of the amount of load growth, both are required in order to determine where facilities need 
to be located and what capacity they must have. 


Timing. Usually, spatial forecasts project annual figures (peak, etc.) over a period 
into the future or from three to five times the lead time of the equipment being 
planned — a spatial forecast for substation planning (five year lead time) would be 
carried out through 15 to 25 years into the future. 


Spatial resolution. Spatial forecasts are accomplished using the small area 
technique (Figwe 25.13) dividing the utility service area into hundreds or perhaps 
tens of thousands of small areas and forecasting the load in each. 

As a general rule of thumb, the small areas must be no larger that about 1/10 
the size of a typical equipment service area at that level in order for the forecast to 
have sufficient “where” information for planning. Thus, spatial resolution needs 
are less at higher voltage levels — transmission can be planned with “small” areas 
that are perhaps 25 square miles in size, whereas substation planning must be done 
on a mile basis and distribution on a 40 acre (1/16 square mile) basis. 


Quantities forecast. A T&D forecast projects the peak demand (usually with 
respect to very specific weather called “design conditions”) at every locality, since 
these local peaks are what the T&D system must satisfy. In addition, simulation 
methods (see[Chapters 25] and|27) forecast customer type (residential, commercial, 
industrial) and annual energy requirements (kWh). 

Some spatial forecasts also include an end-use based small area analysis, in 
which usage of electric energy by end-use (heating, water heating, lighting, etc.) is 
used to provide estimates for marketing and demand-side planning. Advanced 
methods may use end-use analysis to estimate the customer value of reliability of 
service. Cumulatively, these forecast characteristics of load location, amount, 
customer type and number, reliability, and service requirements set goals that the 
future system must meet. If the existing system cannot meet them, then additions 
or changes must be made to upgrade its capability. 


Coordination with corporate planning. By far the most important aspect of the 
spatial load forecast is that it be consistent with the corporate, or “Rate 
Department” forecast, which projects sales and revenues for the utility as a whole. 
The T&D forecast must be based upon the same assumptions and forecast base as 
that. 


There are a number of different analytical approaches and computer algorithms that are 
applied to spatial forecasts for T&D planning. What is best for any given situation depends 
on planning needs, data, and other details specific to a utility. Chapters 25 and 27 present 
more details on spatial forecasting requirements and application, and review a number of 
popular spatial forecasting techniques. Its important elements are summarized in 
26.7 
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Figure 26.13 A load forecast for T&D planning (such as that shown in |Figure 26.12] above) is 
accomplished by dividing the service territory into a number of small areas — either equipment service 


areas or the cells of a square grid — and forecasting customer demand in each. 


Transmission Planning 


The high-voltage transmission grid of a power system is usually planned in conjunction 
with generation planning and usually in cooperation with, or perhaps as part of, the regional 
power pool. Only part of the criteria and goals at this level relate to delivering power. 
Certainly one goal of transmission planning is to be able to deliver the required customer 
demand, but, in addition, the transmission system is planned to provide stability and 
freedom of generation dispatch — designers generally have three goals: (1) serve the load, 
(2) provide sufficient electric tie strength between generation plants so that the loss of any 
plant does not unduly disturb system stability, (3) assure that transmission constraints do 
not limit choice of the pattern of generation that can be run. These last two goals mean that 
a good deal of the transmission system is planned from the perspective of generation: 
permitting generation to be controlled and dispatched as if on a single infinite bus, and 
providing stability against major plant disturbances. These aspects of transmission planning 
are not directly concerned with delivery, but the generation-grid level of the system. 

Planning of the “generation-grid” combination, which includes most of the high voltage 
transmission, is an activity quite apart from what might be termed “sub-transmission” 
planning — the planning of transfer capability to distribution substations, which is the only 
type of “transmission” planning relevant to power distribution planning. In general, sub- 
transmission planning reacts quite little with grid planning — the grid is planned and 
presented as a “given” to the sub-transmission planning process. This is the most limited 
“coordination” among any of the levels in a power system. shows the 
recommended relation of sub-transmission planning to the other stages of utility system 
planning. Key aspects of this relationship include: 


Transmission encompasses two planning functions: “generation-grid’’ planning, 
which focuses on establishing a strong grid with security and dispatch freedom 
and meeting all power pool requirements, and “sub-transmission’ planning, which 
includes all planning activities related to moving power to substations so that it 
can be distributed to customers. Only “sub-transmission planning” is overtly a 
power delivery planning function. 
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Figure 26.14 Transmission planning consists of two distinct levels or types, grid planning, which is 
related to generation and power pool performance, and sub-transmission, or delivery planning. The 
“load forecast” for sub-transmission planning comes from the distribution planning process. 


Forecast of future load for transmission planning comes through the distribution 
planning process. Fully half of the statistical variation in future loads due to “load 
growth” is a function of distribution planning (Willis and Powell, 1985). To the 
transmission-sub-transmission planning process, the “loads” to be served by the 
system being planned are the high-side loads of the distribution substations. 
Exactly what and how much load is collected to a particular substation depends 
greatly on how the distribution planning is done — whether load growth ends up at 
one substation or another or is split between them, which depends on the 
distribution planning. This “high side substation load forecast” is best produced by 
starting with the spatial forecast, assessing the preferred patterns of distribution 
substation service areas in the distribution planning/substation planning stages, 
and then passing the target substation loads to the transmission planning process. 


Coordination with substation planning. The transmission system must reach every 
substation. Therefore, very clearly the sub-transmission planning stage needs to 
be coordinated with the siting, capacity planning, and scheduling of substations 
(which of course has to be coordinated with distribution system planning, as 
shown in Figure 26.14). This coordination involves planning and scheduling of 
the sub-transmission and substation levels in a very coordinated manner in which 
cost impacts among the levels are “traded’’ back and forth. In many utilities, these 
functions are combined into one “sub-transmission level” planning process. Given 
that this is coordinated well with distribution planning, this is a good approach. 


Table 26.8}summarizes the important elements of this part of the T&D planning process. 
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Table 26.8 Sub-Transmission Planning 
Purpose: short- and long-range planning of facilities to deliver power to the distribution 
substations. 

Timing: short-range — 3 to 7 years; long-range — 5 to 20 years. 

Products: short-range — sub-transmission project schedule coordinated with substation and 
transmission grid plans; long-range — a base sub-transmission plan. 

Coordination with: “transmission system” planning (EHV, grid, generation), substation-level 
planning (must deliver power to substations). 


Tools used: transmission network load flow and short circuit, route optimization software, 
combined sub-transmission-substation optimization programs. 


Substation Planning 


In many ways, the substation level is the most important level of the system, for two 
reasons. First, this is where the transmission and the distribution levels meet. To a great 
extent this level fashions the relationship between T and D — how and where cost, 
contingency, Or capacity at one can be traded or played against the other, and how 
expansion of both can be coordinated. 

Second, substation sites set very definite constraints on the design and routing of the 
transmission and distribution systems — transmission lines must “end” at the substations, 
and feeders must begin there. Substation location heavily impacts the cost and performance, 
and particularly the available design freedom, at both T and D levels. Substation capacity 
limits also heavily influence both transmission (how much incoming capacity is needed) 
and distribution (what amount of power can be distributed out of a substation). 

As a result, regardless of whether substation planning is done as a separate function 
(about 20% of utilities), or as part of transmission planning (60%), or as part of distribution 
planning (20%), it should be interactively coordinated with both T and D planning. This 
means that communication should be explicit and frequent enough that glaring differences 
in marginal costs of expansion at the T, S, or D levels will come to the attention of the 
planning establishment in the utility and be dealt with by appropriate changes to the plan. 

For example, in distribution planners have made plans to expand 
Edgewood substation from 55 to 90 MVA capacity in order to serve a peak load that is 
expected to grow from 49 to 80 MVA due to load growth in the area indicated. Both Kerr 
and Edgewood substations are close enough to the load growth to pick up this new load, 
and either could be expanded by adding another 27 MVA transformer and its associated 
equipment, at a cost of about $750,000 PW in either case. However, expanding the feeder 
system out of Kerr substation to reach and serve the new load would cost about $900,000 
PW more than expanding the feeder system out of Edgewood. 

Thus, the Distribution Planning department would select Edgewood for addition of new 
capacity. But suppose that expanding transmission delivery capability at Edgewood by the 
required 31 MVA will require extensive reinforcement of towers and conductor, at a cost of 
$1,600,000 PW, whereas the changes needed at Kerr to accommodate a similar increase in 
peak load are minor and would run only $325,000 PW. Then it is best for the utility to 
decide to serve the new load out of Kerr, since even though Edgewood is the least 
expensive distribution option, when overall T-S-D cost is considered, it costs much less to 


serve the load growth from Kerr. This is an example of the “system approach” discussed 
in|Chapter lj, and developed in detail in|Chapters 17|and|18} in action. 
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Figure 26.15 Development of new residential and commercial customers in the area shaded is 
expected to add 31 MVA in load over the next decade. Either Edgewood or Kerr substation could be 
expanded at about the same cost to serve this growth by adding a new 27 MVA transformer and 
associated buswork and control equipment (both substations have sufficient existing margin to absorb 
the other 4 MVA of growth). However, expanding the feeder system out of Kerr would be expensive ~ 
present feeder getaways are saturated, the system is underground and many duct banks are congested, 
and several geographic barriers make feeder runs quite lengthy. By contrast Edgewood’s all-overhead 
feeder system would be straightforward to expand, costing $900,000 less. Despite this, the overall 
optimal alternative is to expand Kerr, because transmission limitations at Edgewood would cost more 
to overcome than this savings at the distribution level. 


Table 26.9 Substation Planning 


Purpose: short- and long-range planning of facilities to control, route, and transform power 
from T to D. 


Timing: short-range ~ 3 to 7 years; long-range — 5 to 20 years. 

Products: short-range — substation project schedule coordinated with sub-transmission and 
distribution plans; long-range — long-range plan. 

Coordination with: sub-transmission planning, distribution planning. 


Tools used: AM/FM-GIS systems, substation selection optimization applications, combined 
sub-transmission-substation-feeder system optimization application. 
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The planning process at many utilities can not accommodate this very simple, common- 
sense approach to cost minimization, because the procedural “hand-offs” between 
transmission, substation, and distribution planning groups do not convey enough 
information, nor allow for sufficient back-and-forth cooperative communication so that cost 
differences like this are noted and the planning process can recognize if and how to adjust 
to them. At many utilities, the distribution planners will pass no details other than the 
projected total load for a substation — “We need 80 MVA delivered to Edgewood.” At 
others the reverse happens, with transmission planners setting limits on substation capacity 
due to transmission constraints, without information on whether these could be eased if 
economically justifiable based on distribution costs. 

Substation planning is important chiefly because of this requirement, that as the meeting 
place of transmission and distribution it defines their cost interaction. Planning procedures 
at this level ought to reflect this relationship and foster the required communication. There 
are at least three possible avenues to do so: 


Planning meetings between transmission and distribution planning can be 
scheduled frequently and set up so that a free exchange of planning details, not just 
results, occurs.° 


Use of software for the sub-transmission and distribution planning functions that 
accepts marginal or incremental cost data for the other level, or for the 
substation level that accepts such data for both. For example, some service-area 
based optimization algorithms applied to substation-distribution system planning 
can accept transmission system cost curves for incoming capacity, cost which is 


included in the optimization (see/Chapters 18 and|24). 


A system of common planning procedures and nomenclature that sets typical 
target values for every level of the system and reports the incremental cost of all 
projects at any level to all planners at other levels in routine, periodic reports. This 
would distribute to distribution, substation, and sub-transmission planners 
information for their use on the costs at other levels of the system. This provides 
the information, but not the incentive, for cooperation. 


Frankly, application of all three of the above measures is best so as to lead to the most 
coordinated planning, which will minimize the potential for planning errors.|Table 26.9 
summarizes substation planning. 


Feeder Planning 


There are two very different aspects of “feeder planning.” The first is feeder system 
planning, which involves the overall planning of the distribution feeder system in 
conjunction with the substations. The second, often just called feeder planning, involves the 
detailed layout of feeders and their specification to an engineering level of itemization and 
precision. This is usually very short-range planning, often only a year ahead. 


© The author is well aware of the institutional barriers that exist within many large utilities to this type of 
communication. In one extreme case at a large investor-owned wires utility in the mid 1990s, the 
managers of the transmission and distribution groups, both of whom had been in their positions for 
over four years, had never met and had exchanged only a handful of formal “form reports” during 
their respective tenures. Under de-regulation, there could well be formal procedures defining the limits 
of and requiring such cooperation. Regardless, the results of such communication are significant 
savings and worth considerable cultural adjustment. Situations like the Kerr-Edgewood example occur 
more often than is recognized. 
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Feeder system planning 


What might be called “strategic” feeder planning involves determining the overall character 
of the feeder system associated with each substation. This includes determining the number 
of feeders from the substation, their voltage level, the overall service area served by the 
substation as a whole, and the general assigned routes and service areas and peak loads for 
each. Additionally, operating problems (voltage, reliability, contingency switching) and 
overall costs may be estimated (budgetary). 

Generally, feeder system planning is done in the substation long-range planning period, 
usually from six to 20 years ahead, and with node resolution of perhaps only 20-30 nodes 
per feeder — well beyond any lead time for feeders but with considerably less detail than 
needed for short-range feeder planning. Feeder system planning is only a long-range 
planning activity. Its purpose is to provide “distribution system” feedback for planning 
decisions or alternatives being considered at the substation and sub-transmission level. 

As was mentioned earlier, the interplay of sub-transmission, substation, and feeder costs 
can be significant. In particular, the value of the primary distribution system associated with 
any particular substation probably outweighs the value of the substation itself. The 30-year 
PW of feeder losses on a heavily loaded system may exceed the value of both. Substation’ 
planning, particularly siting and sizing, can often be the economic equivalent of the tail 
wagging the dog — small changes in location or planned capability can affect the cost of the 
feeder system dramatically ~ in some cases a shift of one mile in the location of a suburban 
substation can have a PW impact of over $1,000,000. 

Feeder system planning is often called multi-feeder planning to distinguish 
it from feeder planning (hanes 15 and [14p, which includes functions that can be done on 
a feeder by feeder basis. To be of maximum impact, multi-feeder planning should cover 
multiple substations, assessing how the feeder system interacts with substation capacities 
and costs -- optimizing substation service areas while considering both substation and feeder 
costs (Figure 26.15}. A big part of this boils down to assigning “optimal service areas” to all 
substations while acknowledging capital and operating costs and electrical and geographic 
constraints at both the substation and feeder levels simultaneously, while determining the 


boundaries (dotted lines) between the substations. |Chapters 18 and [24] discuss techniques 


for simultaneous substation-feeder system planning in greater detail. 
Feeder planning 


Short-range feeder planning involves determining in detail the routing of each feeder and 
identifying its equipment to near engineering precision. In many utilities, feeder planning 
and feeder engineering are merged into one function — “Distribution Planning” produces 
completed feeder plans replete with detailed equipment specifications and route maps, pole 
locations, and all construction details. It also provides the final authorization and scheduling 
for construction. 

Generally, feeder planning can be done on “a feeder at a time” basis, often using only 
load-flow and short-circuit analysis tools augmented by engineering judgment to determine 
alternative designs in a “trial and error” approach to find the best feeder layout. However, 
many modern CAD systems for feeder planning have load flow and short circuit 
applications that can be run on a number of feeders at once, and augment these with 
optimization utilities to help refine conductor size specifications, capacitor/regulator plans, 


and other aspects of each feeder’s layout. Feeder planning is covered in detail in Chapters 
13-15.|Table 26.11] summarizes its essential elements. 
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Figure 26.16 Multi-feeder system planning evaluates the performance of the entire feeder 
system associated with one or more substations. Its goal is to capture completely the interaction 
of substation level and feeder level constraints and costs to determine the overall substation- 
feeder optimum. 


Table 26.10 Feeder System Planning 


Purpose: long-range planning of the feeder system, mainly so that feeder impact of 
substation-level decisions is assessed for substation planning. 


Timing: 5 to 20 years. 


Products: evaluation of feeder-level cost and performance for all substation-level 
decisions; long-range feeder level cost estimates for budgeting. 


Coordination with: substation planning, customer-level planning. 


Tools used: multi-feeder (multi-substation) optimization programs, multi-level plan, 
substation-feeder system optimization applications. 


Table 26.11 Feeder Planning 


Purpose: short-range planning of the feeder system to produce project definitions and 
authorization for feeder additions and enhancements. 


Timing: | to 5 years. 
Products: feeder system project specifications, schedule, and budget. 


Coordination with: feeder system planning, substation planning, customer planning, 
and construction. 


Tools used: “feeder design” CAD systems, feeder optimization programs (either 
single or multi-feeder), AM/FM and GIS systems. 
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Customer-Level Planning 


Traditional supply-side-only planning included very little if any “customer-level” planning 
functions. Regulated utility integrated resource planning of the type widely practiced in the 
late 1980s and early 1990s includes a great deal — various DSM options optimized on a 
TRC, RIM, or other resource-value basis (see[Chapter 10). While the role of IRP and DSM, 
in particular, in a de-regulated power industry is unclear, the fact that some energy 
efficiency, advanced appliance, and load contro/TOU technologies can prove cost-effective 
is not in doubt. For this reason, some sort of customer-level planning can be expected in the 
future. Under the right circumstances, DSM, DG, or DS may be of value to a regulated or 
unregulated electric supplier/distributor. Therefore this level of planning will be a part of 
many utilities, and will, at least obliquely, impact T&D planning. 

The interaction may be much more than just oblique, because DSM and DG programs 
often have a very substantial impact on T&D, with more than half their potential savings 
being in avoided costs among the sub-transmission, substation, and distribution levels. 
Usually, optimization of the benefits of a DSM or DG program includes some assessment 
of T&D impacts and location. 

Customer-level planning often has a very long planning period, much longer than 
distribution planning, and often as long as that of generation. There are four reasons why 
both its short- and long-range planning periods are longer than almost all other levels of the 
system: 


Lead time. While DSM programs can often be approved and implemented nearly 
immediately, it can take years of slow progress to obtain meaningful levels of 
participation — rates of 50% may take a decade or more to obtain. This “ramp up 
time’”’ has the same effect as a long lead time. 


Customer commitments. In starting a DSM program, a utility is beginning a very 
visible customer interaction. Such programs are not entered into lightly and are 
often studied over the very long term to make certain the utility can feel confident 
it will commit to them for the long term — starting such a program and then 
canceling it several years later is not only costly, but leads to customer confusion 
and lack of confidence in the utility. 


Proxy for generation. DSM is often traded against generation in integrated 
resource planning. Comparison of the two resources needs to be done over the 
time span used for planning of generation, which means a present-worth or similar 
economic comparison over a 20 to 30 year period. 


Table 26. 12 Customer Level Planning 


Purpose: short- and long-range planning of customer-level resources including DSM, 
DG, DS, RTP and TOU rates. 


Timing: | to 25 years. 


Products: schedule of customer-side resource projects/programs; long-range plan of 
DSM/DG/DS targets. 


Coordination with: all levels of planning, corporate forecast/rate plan, spatial load 
forecast. Note: this planning is often done by the rate or corporate 
planning department. 


Tools used: End-use load models. Integrated resource Programs. Customer response 
models. Econometric/demographic models. Spatial load forecast. 
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Table 26.13 The Coordinated Multi-Level Plan 
Purpose: to assure coordination and optimization among all system levels. 


What: A coordinated multi-level long-range plan which includes essential elements 
from the long-range plans of the sub-transmission, substation, 
distribution and customer levels. 


Coordinated with: everything. 
Tools used: results of all other planning levels. Attention to detail and good 
communication. 


Table 26.14 Purposes of the Long-Range Plan 

Definition of “future” for evaluation of short-term planning decisions. 
Identification of mismatches between levels — coordination of plans. 
Forecast of long-range budget needs (for financial planning). 
Identification of long-term direction and strategy. 

A basis for evaluation of new ideas or changes in procedure. 


Spatial Existing System 
Load Forecast & Committed Additions 


Long-Range 
Planning 
A coordinated 
combination of 
T, S, and D long- 
range planning 


possible 
revisions 
of plan 


Long-Range Pian 
including !oad forecast, 
plan for transmission, 
substation, distribution, 

and customer levels 


for evaluation 

of possible ——— 
short-range 

projects —_> 


Figure 26.17 The coordinated multi-level long-range plan, where the major goal is the maintenance 
of a long-range plan that identifies needs and development of the system, so that short-range decisions 
can be judged against long-range goals. Here, the load forecast is a part of the plan, and there is no 
“project oriented” part of the activities. 
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Customer-level planning generally begins by adding more detailed, end-use, and 
customer value attributes to the load forecast — forecasts by end-use and appliance category 
and of reliability value functions. It then tries to optimize PW cost of providing end-uses to 
the customers by juggling various DSM and T&D options. Generally, optimization methods 
function by balancing marginal! cost of the various customer-side options against marginal 
cost curves obtained for the supply side. DSM and DG evaluation may also be part of 
value-based planning in which the utility and customer value functions are jointly 


optimized (see(Chapters 2]and [1 0). 


The Coordinated, Multi-Level, Long-Range Plan 


As was discussed earlier in this chapter, to study the “system fit” and economic viability of 
short-range alternatives over their lifetime, the utility’s planners must have a good idea of 
the conditions under which those alternatives would be operating for a majority of their 
lifetime. They need a long-range plan to provide a background for evaluation of equipment 
in the short-range plan. 

This long-range plan must lay out the economics (value of losses, etc.) and operating 
criteria (usually assumed to be the same as today’s) that will be applied by the utility in its 
future operations. It must specify the load (long-range load forecast) the system will be 
expected to meet, and it must specify how the T&D planners expect to handle that load 
growth — what new facilities will be installed in the long run to accommodate the future 
pattern of load growth. Most important, it should specify how the various long-range plans 
at the sub-transmission, substation, feeder, and customer levels will fit together. The 
economics of interaction of all four levels, leading to a least-cost system, is assured by 
evaluation of long-term PW value in a coordinated manner. 


The long-range plan is its own product 


Long-range T&D planning is one of the few legitimate instances where a process’s major 
goal is itself. The long-range plan, along with its accompanying budget estimates and 
indicators of economic factors for the future system, is the major goal of the long-range 
planning process. More important, it is crucial that this plan’s development be ongoing, that 
it be maintained and continuously updated, in order to provide long-range evaluation, 
guidelines, and direction to T&D planning and investment decisions. 


Detail is not needed in a long-range plan 


The long-range plan needs only enough detail to permit evaluation of the economics and 
“fit” of short-range decisions against long-range needs. Effort to provide detail beyond this 
is wasted (Tram et al., 1983). The coordinated planning process is shown in|Figure 26.17} It 
is summarized in|Tables 26. 13]and]|26. 14, 
26.7 SUMMARY AND KEY POINTS 


Some T&D planning is required in any electric utility just so it can be reasonably confident 
it will meet its future customer obligations in an orderly and efficient manner. Good 
planning also enables a utility to accommodate uncertainty in conditions it cannot control, 
minimize cost, and assure itself of achieving its corporate and business goals. Utilities differ 
widely in their planning priorities because they face a variety of different pressures and 
situations. These differences include varying regulatory attitudes and rules, systems of 
different designs, loading, age and condition, and customer bases of quite different 
demographics and power consumption patterns. Regardless, planning is always an 


Copyright © 2004 by Marcel Dekker, Inc. 


Planning and the T&D Planning Process 1009 


Figure 26.15 One-Page Summary of Chapter 26 


Planning is almost always goal-directed — aimed at achieving some objective. It involves five basic 
steps: (1) Recognizing the problem, (2) Defining the goal, (3) Identifying feasible alternatives, (4) 
Evaluating alternatives in a meaningful and complete way, (5) Comparing them in a valid manner and 
selecting the best alternative. 


Utilities, like people, have personalities and differing strengths and weaknesses which are 
reflected in their culture and internal values. Planners need to understand, even if they do not accept, 
the culture and adapt so they work most effectively in that environment. 


A company’s “Mission Statement” usually succinctly defines its overall corporate (executive level) 
values and is relevant with respect to the planners’ goals. 


Financial goals and factors based upon executive goals and “mission” usually translate that mission 
statement into unambiguous goals for planners. 


Financial priorities usually dominate priorities at the top in any utility. Whether investor owned, 
municipal, or governmental, ultimately every utility must successfully achieve its business goals if it is 
to remain a viable organization. 


A common mistake made by many planners is to begin their activity without explicitly identifying 
the problem and their goals. 


Another common mistake is to fail to consider all possible alternatives because planners either did 
not consider a wide enough range of options or had pre-judged the situation 


Failing to look far enough ahead tends to limit options by default, contributing to poor planning. 


Doing nothing should always be an explicit alternative considered, even when it is obvious that 
something must be done. It provides a basis for justification and an anchor point for comparison of the 
improvement from other alternatives. 


Alternatives should be evaluated against a common and comprehensive evaluation standard, 
one that considers every aspect pertinent to any option and one that addresses all the goals. 


The purpose of short-range planning is to make certain that the system can continue to serve 
customer load while meeting all standards and criteria. Short-range looks far enough ahead to span the 
lead time, and leads to project authorizations. A utility must do short-range planning in order to 
function. 


The purpose of long-range planning is to look beyond the lead time to see that short-range plans and 
commitments make good sense in the long run and that investment in durable physical assets has 
lasting benefit. 


Long-range plans do not have to be built now — there will be time to refine or change them. Their 
value is in providing a basis to understand how short-range plans (which must be committed now) fit 
into long-range needs. 


A long-range plan needs only enough detail to permit evaluation of the economics and “fit” of 
short-range decisions regarding long-range system requirements. 


There can be more than one long-range plan. Because a long-range plan is not going to be built or 
committed to now, a utility can have two or more plans — multiple scenarios of its future. 


Good substation planning is vitally important chiefly because substations are the meeting place of 
transmission and distribution and thus define their cost and performance interactions and set many of 
the limits on both systems. 


There are two very different aspects of “feeder planning.” The first is feeder system planning, 
which involves the overall planning of the distribution feeder system in conjunction with the 
substations. The second, feeder planning, involves the detailed layout of feeders and their specification 
to detailed engineering. 
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involved, multi-faceted process requiring considerable data and skill. provides 
a summary of key points about this process as made in this chapter. 

The practical priorities that any business experiences almost invariable mean that 
money — cost, budget, profit margin, or whatever it is called — is the key driver of most 
decisions at an electric delivery utility. Ultimately, T&D planning at a utility, as at most 
businesses, boils down to assembling data and analysis results into information about two 
aspects of the business’s decisions about how much and how it spends money: 


I]. Evaluation of alternative plans or scenarios providing either or both of: 
“These are the results one gets as one varies the level of spending.” This 
information is often given in a Pareto curve (Figure 26.1) or table. 
“These are various ways [a certain budget] could be spent, and the results 
each plan would give.” 


It. A plan to achieve the lowest possible spending to achieve a particular goal. 
This is a least-cost plan. Exactly what “cost”? means varies, both among 
utilities and from year to year for planners at any utility, but the concept is 
the same: get as much of the result as possible for as little spending as 
possible. 


Both I and I are used at the executive level and by mangement in various departments 
to determine what their options are, how effective various spending levels will be, where 
and how to balance cost versus performance issues, and to set the when, where, why, what, 
and how of spending plans. 

Aspect II leads to commitment of money, authorization of projects, and ultimately the 
creation of new facilities and addition of new equipment onto the system. It is the part of 
planning that most planners, managers, and many executives think of when they talk about 
“planning” the process, or “Planning” the department in their company. But the first aspect 
of planning, the evaluation and analysis of alternative plans and determination of just how 
effective various spending levels will be, is perhaps the most important in one sense: It 
leads to the commitment of the company. Information developed here leads to corporate 
decisions on strategy, on what it can tell regulators, the public, and its customers and 
stockholders it will do. 


The Planning Process 


Planning, regardless of the industry or context, is a process of study, analysis, and decision 
that seeks to maximize the likelihood that preferred outcomes will occur. This usually 
means that planners must accomplish four basic steps: 


1. Projecting the conditions, requirements, and situation the company 
will face. 


2. Estimating the consequences and the results they will cause and 
determining which are unacceptable or unwanted. 


3. Identifying actions or plans needed to handle or change the situation, 
mitigate its effects, or otherwise achieve the desired goals. 


4. Deciding upon, approving, and initiating those actions. 
Usually, given the way a power delivery system is configured and operated, these four 
basic steps evolve into five T&D planning steps, as shown in|Figure 26.2 
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Key Recommendations and Their Rationale for Planners 


T&D planning is an extremely challenging activity for a variety of reasons. First, T&D 
systems are complex, involving the interconnected behavior of tens of thousands of 
complicated units of equipment, much of whose performance and interaction with other 
equipment must be evaluated using intricate engineering analysis methods that employ 
complex variable mathematics. Few practical engineering-related activities in any field face 
a more complicated combinatorial problem with respect to planning: the combinations of 
equipment, sites, line routes, and interconnection schemes that a planner can look at, for 
even a modest planning-area study, often number into the billions, and there are always 
thousands of feasible and even attractive plans and variations-on-plans that could be 
developed. This complexity and combinatorial diversity make planning a great challenge 

But beyond that, many more than just engineering factors are involved in utility 
planning. Cost is always of paramount importance, but so are esthetics, environmental 
impacts, employee and public safety, community and public image and acceptance, and 
regulatory approval. Decisions are ultimately almost always a compromise among many 
incompatible factors. 

Finally, planners always work on the future and face a good deal of uncertainty about 
many of the factors that bear heavily on their plans and recommendations. Will the 
projected load growth actually occur? That depends on the economy, which could slow 
down, as well as if and when municipal approval for several large developments is given, 
and perhaps on a new highways and bridges that must be built. Will a much-needed site 
actually be obtained? Will load (and revenues) be high or low due to weather? Will key 
equipment fail? If so, how successful will quick repairs and restoration be? 


Maintaining flexibility 


Ultimately, uncertainty is the one factor that dominates planning. Planners can study, cross- 
section, and otherwise analyze future possibilities but they cannot eliminate or in many 
cases even reduce it in any meaningful manner. Maintaining flexibility of plans, so that a 
minimum of long-term commitment is made and options to react to possible outcomes are 
preserved, is an antidote to much of the uncertainty a utility faces. Multi-scenario planning, 
in its broadest sense, which means not only studying multiple likelihoods but arranging a 
plan that can react to them (Figure 26.8}, is the recommended approach. Beyond that, 
uncertainty can be addressed by using a probabilistic approach and committing to plans 
based on minimizing risk. 


Make decisions at the last minute. 


An effective way to reduce uncertainty and its effects on planning results is to minimize the 
planning cycle time and the lead time on implementation of its recommendations. A 
reduction in the “total cycle time” for a new substation from five to three years means that 
flexibility can be retained for two more years and that commitments, when made, are done 
with a much clearer picture of future needs. 


A business basis wins 


Plans developed on a business-case basis generally prove more stable and justifiable both to 
upper management and regulatory oversight processes. In general, the traditional “business 
case” approach (the future revenues from this new customer justify this expense) works 
only in a very traditional utility setting. A modern business-case approach includes a 
portfolio type of analysis of options and works toward showing that the recommended 
expenses are items that minimize the total risk of attaining corporate goals. 
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The T&D Planning Process 


On a day-to-day basis, T&D planning involves identifying, evaluating, and selecting 
alternative solutions to guidelines- or performance-target deviations which are anticipated 
for the future system. This process is driven by two inputs: a recognition that future 
conditions or needs may differ from those of the present (forecast) and the fact that time is 
required to put corrective measures in place to meet those new conditions and needs (lead 
time). 

Short- and long-range planning have very different functions. Short-range planning is 
focused on making sound decisions by the lead time so that planned additions and changes 
are made in time and do provide the desired results. It leads to projects — discrete systems 
additions each with a scope, budget, justification, and identity of its own. Long-range 
planning is motivated by a desire to see that short-range planning decisions have lasting 
value, and that the planning of diverse elements of a business (e.g., transmission, 
distribution, substations) is coordinated to the sum in a least-cost system. The primary 
product of and the basis for long-range planning is the long-range plan, an estimation of 
the elements expected to be added over the long term — in T&D cases this means over the 
next five to 20 years. 

A long-range plan extends beyond the lead time, and thus most of its elements do not 
have to be committed to any time soon. Therefore, there can be more than one long-range 
plan, or, put another way, the long-range plan can have multiple-scenario variations to 
explain how it will handle uncertainty through adjustment of what is added to the system. 
Multiple scenario planning is the recommended way to address uncertainty in planning that 
deals with siting and routing issues, because planning methods based on probability- 
weighted forecasts or plans invariably lead to inappropriate commitment of resources. 


Flow of the T&D Planning Process 


T&D planning consists of five stages ~ load forecast, transmission, substation, distribution, 
and customer level planning. Each has its long- and short-range elements. Most important is 
the coordination of the planning at every level with the other levels — the electric system is 
interconnected and changes, and additions at one level affect the economy and performance 
of the system at other levels. 
The recommended interaction of the five T&D planning stages with one another and 
other planning functions within a vertically integrated utility is shown in the flowchart in 
Ovals indicate planning functions or processes, rectangles indicate products 
of the planning process, and arrows indicate information flow. This T&D planning process 
has several vital characteristics: 


The T&D planning process has three major inputs: (1) the corporate “Rate and 
Revenue” forecast for future load growth for the system, which forms the basis for 
the spatial (T&D) load forecast, (2) corporate goals and criteria, shown as a broad 
arrow in Figure 26.17 to indicate this information flows to all planning functions 
directly, (3) the generation-grid plan, which is handed to the T&D planning process 
more or less as a “given.” 


T&D planning’s only “output” is the list of authorized projects — which 
cumulatively form what might be termed the “short-range plan.” The T&D planning 
process is focused on producing short-range project decisions of high quality, 
timeliness, and low cost. Long-range planning and all other parts of the long-range 
planning process exist for and should focus on contributing to the value of these 
decisions. 
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Figure 26.17 The overall T&D planning process includes load forecast and planning functions for 
transmission, substations, distribution, and customer levels, as well as maintenance of a coordinated 
long-range plan encompassing all the levels. Its inputs are the corporate forecast, goals, guidelines and 
criteria; its outputs are the short-range projects. Planning functions and activities inside the heavy 
dotted line are considered the “distribution planning” process. 
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The long-range plan is internal to the T&D planning process. To a great extent, the 
long-range plan exists only so that the short-range planning process can be done 
well. Certainly, information contained in the long-range plan — future ROW needs, 
long-term budget estimates, plans for future equipment purchases — is passed on to 
other departments from time to time and used in other functions. However, the long- 
range plan exists primarily so that the T&D planners can do long-range planning, 
and it is internal to their process. 

The long-range plan needs only detail and comprehensiveness sufficient for 
assessing short-term projects with respect to future viability and economy — a 
common mistake is to put too much time and effort into refining the long-range 
plan’s fine points to a level similar to the short-range. For example, a long-range 
plan does not need to show the precise location, give detailed equipment 
specifications, and design data for a substation that is still ten years beyond the lead 
time. It is sufficient for the plan to say, ‘““We expect to built a distribution substation 
with two 25 MVA transformers and associated switching and control equipment at a 
location near here.” 


Transmission grid and sub-transmission planning are different processes. Given that 
the utility has any significant amount of both, these two very different processes 
should be split into separate functions, as this promotes focus on each of the two 
types and their unique goals and characteristics. 

Some utilities have disaggregated their T (wholesale grid assets and activities) 
and D (local delivery assets, regardless of voltage) into legally separate companies. 
The two can neither cooperate (collude) or exchange data outside of a very formal 
and legally defined format. Thus their planning has to be separate. Typically, they 
communicate through a formal process based on financial charges — the transmission 
company (or the local RTO or ISO) charges for delivery services based on locational 
costs, etc. The distributon company takes these into account in its planning. 


There is no “short-range” feeder system planning. Multi-substation/multi-feeder 
distribution planning is the long-range planning aspect of feeder planning. If done 
correctly, it assures that each planned feeder in the short-range plan contributes to 
long-term system needs. That is its sole goal. 


There is no long-range “feeder planning.” Feeder-at-a-time planning exists only as 
a short-range, engineering-type function. Distribution feeders should not be planned 
individually for the long range — their role as part of the switched primary feeder 
“network” precludes that. But once long-range analysis has determined that they are 
viable parts of the overall plan, they can be planned on an individual basis, for only 
the short run. 


Customer-level planning and the load forecast interact. shows 
customer-level planning as part of the T&D planning process. At many utilities this 
is not the case - DSM, TOU, RTP, and DG planning are done in conjunction with 
Rate and Revenue planning. However, a majority of savings from customer-side 
programs are realized at the T&D levels, and spatially targeted resources are often 
the key to economy and effective reliability enhancement from DSM and other 
similar resources. Focus on such opportunities is best done through the T&D 
planning process, which is the only part of the utility planning process that has 
experience with and focuses on locational-based (spatial) resources and constraints. 
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Practical Aspects of T&D Load Forecasting 


27.1 THE FIRST STEP IN T&D PLANNING 


Chapter 26|emphasized that the first step in T&D expansion planning is the estimate of the 
uture capability which the system must have — a forecast of the load it will need to serve. 


T&D systems involve the use of facilities dispersed through a large territory, each unit 
located and sized appropriately to its locality. Therefore, there is a strong element of 
“where” involved in T&D planning, both explicitly (in siting of equipment) and implicitly 
(matching capability and characteristics to local needs). 

This means that T&D planners must use some form of spatial forecast (Figure 27.1, 
something that provides the “where” information they will need about future growth in 
customer count and demand levels. Various types of spatial forecasting and their technical 


aspects were covered in|Chapter 25} This chapter looks at the practical aspects of their use 
and satisfactory execution within the T&D planning process. 


Forecasting Is a Mandatory Planning Step 


One cannot plan a T&D system’s future without a load forecast. The forecast sets the 
targets for, and to a great extent justifies, the plan. If there is no projected change in 
demand, then there is no need for expansion. T&D planners who plan without an explicit, 
formally defined load forecast are still using a forecast, just one that is poorly defined and 
perhaps not even explicitly articulated. Such “loose” forecasts usually ruin the overall plan 
— even the best planning methods, directed against the wrong target, fall short of need. 

But conversely, planners can put too much emphasis on forecasting. They can pick a 
method that requires exhaustive data collection, uses an involved analytical method, and 
requires meticulous attention to every detail. Such data-intensive forecast methods absorb 
labor and resources and take time that may not be justifiable based on the quality of their 
results compared to less costly methods. For this reason, the best forecasting method for 
any particular situation is usually something less than the “ultimate” possible method, 
something well proven and tailored to the problem, data, resources, and time permitted. 

However, the technique, algorithm, and computer program used are not the most 
important elements in forecasting. It is much more important how the method is used and 
that it be applied in a consistent and fully documented manner. Forecasts, by their very 
nature, will always be challenged or at least questioned. Good documentation, consistency 
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Figure 27.1 Generally, a spatial load forecast produces a series of “load maps’ representing annual 
peak load on a small area basis for a select set of future years. 


in procedure and assumptions, and sound methods are the only antidotes to the inevitable 
lack of credibility that can develop around a poorly used or documented methodology. A 
simple forecast method, well used and documented, is far preferable to a brilliant forecast 
method, poorly and sloppily applied. 

This chapter discusses the load forecasting step and gives practical advice for 
forecasting. Section 27.2 covers weather normalization of load data, an absolutely critical 
part of forecasting. Section 27.3 discusses selection of a forecast method, and Section 27.4 
presents recommendations for forecasting applications and discusses some common pitfalls 
encountered in T&D forecasting. 


27.2 WEATHER NORMALIZATION AND DESIGN CRITERIA 


In nearly every area of the world, ambient temperature varies by time of day and time of 
year, reaching its highest point each day in the afternoon or early evening and its highest 
levels of the year during summer. The electric demand in most utility systems shows a 
good deal of sensitivity to these temperature variations, reaching its highest annual values 
during the hottest periods of summer and coldest periods in winter. Very clearly, a 
correlation, if not a direct cause-and-effect relationship, exists between weather and 
demand for electric power. 

“Weather normalization” of load forecasts as well as the historical load data used in 
load studies is a recommended practice. It increases the likelihood that trends and 
patterns in load growth due to weather are identified as such, and that trends and patterns 
due to other causes (customer growth, changes in usage habits) are correctly tied to those 
causes. In turn, this leads to a better understanding of load growth causes, and that makes 
for more accurate and useful forecasts. 
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Two Parts to “Weather Normalization” 


Quantitative investigation and analysis of weather, electric usage, and their relationship 
usually involves two explicit parts. 


Weather adjustment formulae. “Correction” of historical load data to standard 
(normal) weather conditions requires formulae to relate weather and 
demand, usually the same equation but with slightly different coefficients 
for each year. Weather variables, like temperature and humidity, and 
demand are analyzed with one of several types of analytical methods. The 
relationship, once identified, can then be used to “adjust” historical peak 
load readings up or down to “normalized conditions,” depending on the 
weather recorded at the time of each peak. [Figure 27.2] Figure 27.2) shows one such 
analysis and the relationship found. 


Normal conditions. Planners must define the “normal conditions” to which 
load histories and forecasts will be adjusted. From a standpoint of achieving 
consistency, they can use any unvarying set of weather conditions, such as 
an average “hottest hourly temperature of the summer” as measured over 
the past thirty years. Adjusting all historical load data and all forecasts to 
this weather standard would assure they were all viewed on the same 
context. 

But usually the standard conditions selected define the load levels used 
as planning targets — they set the weather design criteria. If loads adjusted to 
average weather are used for the forecast upon which the system is planned, © 
then future peak demands will exceed planning peak demand on average 
every other year. It might be better to design to a more extreme weather 
condition (hotter summer, colder winter), so that expected conditions were 
exceeded less frequently. But just how extreme should these conditions be? 


Peak Demand and Energy (Sales) Are Both a Function of Weather 


Both peak demand and kilowatt hour sales in a season or year vary depending on 
weather. Demand is mainly tied to temperature levels at or near the time of annual peak 
demand. Kilowatt hour sales are a function mostly of the weather throughout the season. 
Generally, weather varies not only on a daily basis but on an annual or seasonal basis. 
There are very hot summers in which the average daily peak temperature during that 
summer exceeds the average in other years by quite noticeable amounts (e.g., 5°F or 
more). During any summer, hot or average or cool, there are some days in which the 
weather is more extreme than on others. But with few exceptions, records are set on the 
hottest day of a very hot summer, or the coldest day of a very cold winter. For a more 
comprehensive discussion of weather patterns and annual versus peak day correlations, 
evil (2002) Chapters 5 and 6. Peak demand is of most interest to T&D planners and 
will be the focus of this discussion. 


Weather variables 


Strictly speaking, weather can include a host of factors that vary over time: temperature, 
humidity, precipitation type and amount, wind speed and direction, and solar illumination 
and cloud cover. Most typically, studies of the relationship between weather and electric 
demand focus only on temperature and humidity. Precipitation, wind, and illumination do 
have an effect on demand, but that relationship is often either so smal] compared to 
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Figure 27.2 Piece-wise linear temperature versus demand analysis for a utility system in the U.S. 
Dots indicate peak loads each Tuesday for a year and the temperature during that peak’s hour of the 
day. Drop in slope at high temperatures is due to saturation of air conditioners. 


the impact of temperature and humidity that it is ignored, or the variables themselves 
correlate so well with temperature and humidity that “weather normalization” can be 
done based only on those two major weather variables. However, some studies also 
include illumination, too. 

Often, for weather-demand studies, temperature and humidity are converted to a 
single-valued measure, the temperature humidity index (THI) or alternatively something 
called the heat index.' Both metrics attempt to meld temperature and humidity into a 
single value that corresponds to “how hot it feels” to a human. The logic in using these 
indices is that since weather sensitive load is mostly air conditioners and heating 
equipment whose thermostats are set by humans, these indices make sense. However, 
often separate analysis of demand versus temperature and humidity yields slightly lower 
fitting error. 


Hourly measurement data 


Weather variables are typically available measured on an hourly basis, as is demand data. 
Weather data are typically available on an hourly measurement basis, with data records 
that go back over periods of decades. Sources include commercial vendors of “clean and 
prepared” hourly data, government agencies, and web sites such as the Western Area 
Climate center (www. wacc.com). Usually, only summary data (peak daily temperatures, 
counts of total degree-hours by month) are available on web sites, but more 
comprehensive data are available to download or purchase. 

Temperature-demand analysis is typically done on an hourly basis or a peak-by-day 
basis. Hourly studies will relate weather variables and demand in the peak hour to 
weather variables in that hour and/or earlier. In peak-by-day studies the peak demand 
(whenever it occurred) is matched against peak temperature (whenever it occurred) on 


' A confusing point is that a few utilities that use temperature, humidity, and illumination refer to their 
method as a “THI.” 
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that same day. These are usually less accurate but often quite satisfactory for some 
planning studies. However, the author prefers hourly analysis. 


Causal, Peak Demand Functions 


Analysis of the weather-demand relationship and any formulae relating weather to 
demand are constrained to causal functions, which means that demand is modeled as a 
function of weather that occurred only at or preceding the peak demand — i.e., peak 
demand can not be influenced by weather that has yet to occur. Occasionally, regression 
analysis of weather and load data will show a statistically significant “fit” to weather after 
the peak. 

Typically, truly extraordinary weather-related peaks occur during extremely hot 
summers, at the end of a several-hour-long period of very high temperatures, on the 
second or third day of several consecutive days that have very high temperatures. 
Therefore, peak demand level is generally thought to be a function of the weather at the 
time of peak, and perhaps of the average weather in the several hours leading up to that 
time, and to a much lesser extent (perhaps to the point where it is unimportant) the 
weather the day(s) before. However, planners must keep in mind that weather itself is 
very correlated with itself over time — peak temperature on one day is noticeably “a 
function of” temperatures earlier in the day and temperatures the day before. Therefore, 
while evidence might indicate or opinions hold that weather is to some extent a function 
of both weather on the peak day and the day before, a relationship based only on weather 
on the day, and perhaps just during the hour, of the actual peak demand might work quite 
well for weather normalization purposes. 


Peak demand only is matched 


An important point is that analysis of demand and weather is done for only the one peak 
demand value of each day, modeled as a function of weather in that peak hour and the 
hours leading up to it. The relationship between demand and weather is assumed different 
at each hour of the day. Thus, to obtain a set of data points for analysis leading up to a 
demand = F(weather) function, planners would take peak daily demand, and weather data 
during that peak’s hour as well as the hours leading up to it, for each of the 64 weekdays 
during June, July, and August of a year. They would not add to these 64 observations 
another 64 based on demand at another time during each of those days. It is important to 
use only days in which human activity appears to be broadly similar — thus weekends 
must be treated as a separate set. The author prefers to concentrate on only one specific 
day of the week. Figure 27. plots peak daily load for one utility (at whatever hour it 
occurred) against temperature in the hour that peak occurred for all Tuesdays in one year. 


Micro-climates and spatial weather-demand analysis 


Weather varies greatly depending on location, and often the weather patterns in areas 
only a few dozen miles apart can be significantly different, as shown in Figure 273) For 
this reason, some utility service territories must be divided into different regions for 
demand-weather analysis. The reason that a utility service territory may need to be 
divided into such micro-climate analysis areas can be either that weather is different 
among these areas or that demand has a different sensitivity to weather within different 
areas, but is usually due to a combination of both reasons. For example, the cooler 
mountain area in Figure 27.3 has milder summer weather than the hotter and dryer areas 
to the west, but in addition in the west only about half as many homes and businesses 
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Salt Lake Area 
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Figure 27.3. Micro-climate zones in the region in and around Salt Lake City, developed by the 
author in only 30 minutes using data available from the Western Region Climate Center web site. 
Dashed lines show borders of zones picked by the author. Figures are mean highest temperature 
during the summer. These are rather constant within each of the 94, 92, and 82 degree areas shown, 
whereas the 86 degree zone shown is really a gradual and nearly linear transition from the 92 to the 
82 degree zone. This map would need further refinement before being used in load studies, but 
illustrates both the differences that exist and the speed with which such maps can be made using 
data that can be easily found by any planner 


have air conditioning. Therefore, the weather is different and the relationship between 
weather and demand will be different: if by some bizarre set of weather conditions this 
high-elevation area saw peak temperatures like that in the desert fifty miles to the west, it 
would still not see the same increase in peak demand due to those extreme temperatures. 


Four Key Technical Steps 


Weather adjustment and normalization is complicated by the fact that there are invariably 
large amounts of weather and demand data involved, within which there is only a certain 
amount of relevant information, much of it somewhat “fuzzy.” The fuzziness comes 
from the probabilistic nature of weather — in part weather behaves like a random process 
and cannot be forecast with numerical methods beyond characterizing its behavior as a 
probability distribution, or with non-numerical methods beyond the resultant fuzzy-logic 
classifications. Good weather adjustment and normalization involves four coordinated 
technical tasks: 


a) Analysis of weather itself for a particular utility system. How 
does it vary over the year? How does it vary spatially over 
the system? Are there micro-climate areas in the system — 
distinct areas of substantially different weather? 


b) Identification of weather’s influence on demand: What is the 
functional relationship between weather and demand, and 
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how can that be used in a predictive approach for 
forecasting? 


c) Classification of extreme weather conditions — those that 
create really high loads that lead to periods of high stress on 
the power system — encountered. Just what is “extreme,” how 
often does it occur, and how does a utility plan for those 
conditions? 


d) Determination of weather-related design criteria: What 
conditions of extreme weather should be set as the standard 
target for utility planning, and how does the utility set and 
implement these? 


Analysis to identify weather’s impact on peak demand 


Analysis of weather and demand data for demand forecasting purposes generally has one 
ultimate goal: to adjust historical demand readings (recorded peak demand values for each 
year) to standard weather conditions. This is done by: 


a. Developing a relationship (equation) between weather and peak demand for 
each past year, seeking the best statistical fit possible for each year 


b. Using that equation to determine what the peak demand would have been in 
each year had the weather been the same in each year 


Availability of raw weather and load data is seldom a problem. Hourly records of 
temperature and humidity, and in some cases illumination, are available in a majority of 
locations, in some cases going back more than ten decades. If there is any one general 
lament among forecasters about available weather data, it is that usually it does not have 
sufficient spatial resolution — in a very large metropolitan area there may be only two 
sites (downtown, an airport) with decades-long records available. 
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Figure 27.4 Hottest daily temperature recorded in the downtown area of a city in the Midwest US 
each year from 1971 to 2000. Extremes in this measure often create peak demand conditions. This 
diagram indicates the typical variations seen from summer to summer, and suggests the way that 
“once in X year” analysis can proceed. 
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Figure 27.5 Weather severity information (top) is translated via the weather-to-demand relationship 
determined from historical study (middle) into a peak demand frequency data set (bottom). 
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Once in X year analysis 


A very good approach to weather-demand analysis is the “once in X year” technique, 
which identifies various levels of extreme weather by how frequently they occur — no 
more than once in X years. [Figure 27.4]shows historical peak weather data for a city in 
the Midwest US. The top diagram in shows that data translated into a 
“temperature will be met or exceed only once in how many years” curve. 

Once such a “once in X year” weather curve is established, it can be translated into a 
once-in-X-year demand curve using the identified relationship between weather and 
demand, as shown in Figure 27.5. The weather vs. demand analysis illustrated a slight 
improvement over the approach used in[Figure 27.2} Here, the “starting point” temperature 
(the “no weather impact” load level) for winter and summer are different, reflecting the 
different levels of non-weather-sensitive loads expected at the two different times of day, 
respectively. 


Setting Design Weather Conditions 


How extreme should the target conditions for planning — the design weather criteria — be? 
Planning the system to handle the peak demands of "the heat storm of the century” or 
"worst cold snap seen every century" will eliminate almost all problems associated with 
severe weather-sensitive peak loads. However, the utility’s customers probably won’t relish 
paying high rates every month for one hundred years just so the system has the capacity for 
that one storm of the century. A balance needs to be reached between design targets set to 
avoid putting stress on system equipment and trimming of targets to affect an economy in 
planning. There are three basic approaches to determining the standard weather conditions 
to which the system will be designed. In addition, some utilities do not have formal weather 
design criteria — the system is designed without regard to weather sensitivity in the planning 
process. Table 27.1 compares these four approaches, which are briefly summarized below. 


Table 27.1. Approaches to Weather Normalization of Electric Demand Forecasts 
Method Summary Philosophy and Perspective 


No weather criteria No weather analysis is done. Ignorance is bliss. 
No weather criteria are used. 


Arbitrary criteria Set criteria at some level deemed Keep it simple. 
“sufficiently infrequent enough.” 


“Never again” criteria Set criteria to equal actual Reactionary 
weather conditions that led to a 
system problem in the past. 


Reliability-based criteria Set criteria based on achieving Pro-active 


a satisfactory level of reliability 
when weather variation is considered. 
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Method 1: No Weather Criteria 


Perhaps as many as 15% of electric utilities plan their T&D system without explicit regard 
for or consideration of weather and its impact on electric load. Most planners who take this 
approach say they are not actually ignoring the effects of weather on demand, but only 
assuming that by not assessing it explicitly or correcting for it in their historical demand 
analysis, their forecasts and designs will “work out” to average conditions. Figure 27.6 
illustrates this concept, showing that some weather variations in annual historical loads do 
tend to “cancel out” when a group of years are taken as a whole. However, the result, as in 
Figure 27.6, may not be entirely satisfactory. In this particular case while this trend line 
(dashed line) splits most of the historical weather variation, the resulting extrapolation 
noticeably deviates from the values produced by a legitimate weather-adjustment followed 
by extrapolation. The error shown is representative of what occurs in many situations where 
this “ignore it” approach is taken. Generally, results from trending or other forecast-related 
analysis of non-weather-corrected data will be qualitatively similar to that shown here: a 
portion of weather sensitivity will remain. 

But beyond the forecast error that this approach creates (illustrated by the difference 
between the solid and dashed lines in Figure 27.6), the “it will cancel out” approach 
implicitly sets design levels at or near mean weather conditions. As mentioned earlier, this 
means design demands will be exceeded on average every other year. Such frequent 
likelihood that peak demands will exceed design conditions means the system is very likely 
to get into operating problems, perhaps severe problems, over time. 

Very few utilities that take this approach are unaware of the link between weather and 
demand, or that many other utilities adjust demand data through analysis and normalization 
as discussed here. In fact, a few have guidelines on their books that call for weather 
adjustment, but for various reasons that step is skipped for expediency. And most utility 
planners who take this approach argue that they have had no problems in the past with 
demands exceeding planned system capability, so the approach must work. However, 
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Figure 27.6 Ten-year annual peak demand history for a metropolitan area of the southern United 
States unadjusted for weather (thin solid line), and a ten-year extrapolation of than trend (dashed line) 
— basically assuming ‘“‘weather averages out.” Dotted line shows a similar extrapolation but of 
historical values adjusted for weather. Ten years into the future, the assumption that “weather averages 
out” results in a 220 MW deviation, 25% of the forecast load growth and equivalent to three years of 
peak load growth. 
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examination of operating records at several of these utilities shows that actual loads have 
exceeded design levels by significant amounts but that there were no severe problems 
because historically the systems were designed with very healthy capacity margins. 

It is precisely these utilities who get into serious trouble when they begin to cut back on 
capital spending and/or raise equipment utilization rates on their system. Basically, they do 
not have the forecasting and planning infrastructure in place to plan a system to tight 
margins. For several of the utilities that experienced notable blackouts in the summer of 
1999 due to the intense heat that year’s summer brought, lack of weather adjustment in 
forecasting was a contributing factor to their poor planning. 


Method 2: Arbitrary Conditions 


This approach can be considered the “traditional approach,” in that it was used by many 
utilities beginning in 1950s. Essentially an arbitrary decision on weather design criteria is 
made, sometimes purely on the basis of judgment but usually with due regard to historical 
weather behavior including analysis of weather patterns and their effect on demand. Many 
utilities taking this approach selected ten-year extreme weather and its associated demands 
as their design criterion standard weather. The resulting criterion is often referred to as a 
“90% criteria,” “90/10” demand criteria,” or “ten-year peak load criteria.” 

Ten years was (and still is in some cases) used for a number of reasons. First, a “one in 
ten years” value was almost standard for generation planning in the 1970s and 1980s, when 
it was a de facto standard for loss of load expectation (LOLE). Beyond that, intuitively “one 
in ten year weather” seems reasonable: it is certain to occur several times during one’s 
career or any equipment’s lifetime, yet is not too frequent. Finally, perhaps contributing to 
its widespread use, ten years was a recommended approach in many references, including 
the first edition of this book, written in 1994, based on the widespread use of that particular 
criterion. 

Proper use of this approach creates few operating problems although it does not achieve 
optimal economy ~ as applied it 1s perhaps slightly too conservative. With no exceptions the 
author knows of, systems that are planned well to this criteria have tolerated weather-related 
extreme loads well, although there were rare times when they were at high levels of stress — 
a sign that they do not include unnecessarily large (and expensive) capacity margins. 

Given this approach’s general level of operating success, it is not surprising that it was a 
traditional favorite among electric utilities. The major problem with this, and any arbitrary 
criterion, is that without an analytical basis it cannot really be justified, shown to be 
optimal, or optimized if it is not optimal. Many utilities that had used this method 
abandoned it in the late 20" century, not for any other criteria, but because they had ceased 
weather normalization of load data and forecasts due to staff downsizing and a temporary 
focus on non-planning related activities. 


Method 3: “Never Again” Criteria 


Some utilities set their weather design criteria to the worst weather they have ever 
experienced — the hottest summer period or worst winter weather. In essence, the utility has 
decided that the problems created by that year’s extreme weather were severe enough that it 
would design its system to handle those conditions the next time they occur. Some utilities 
taking this approach are overreacting. The weather values they select as targets work out to 
be one-in-thirty- or one-in-fifty-year weather. One set of utility planning standards reviewed 
by the author used a value that was equivalent to once-in-55-year weather, although the 
utility had never performed analysis to determine how likely it was to occur again. 
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Reliability is certainly bolstered by this approach, but the capital and operating costs it 
leads to are higher than customers and the utility management might prefer. In almost every 
case, when these criteria are examined based on their economic effectiveness in providing 
reliability, the reliability improvement proves too costly by comparison to other ways the 
utility can “buy” similar levels of performance improvement. 


Method 4: Reliability-Based Selection of Weather Criterion 


Reliability- or risk-based planning of a power system (see |Chapters 23] and uses a 


probabilistic method to analyze how the probabilities of equipment failure will affect 
customer service reliability. These methods are used to plan the system to specific 
reliability targets. This approach can be extended to include the effects of weather and its 
impact on demand merely by appropriately modeling the load as a probability distribution: 
on average, the peak demand will be so much (the mean value), but there is a probability 
distribution that describes how likely it is to be much higher or lower (Figure 27.7). 

Essentially, the added load created by extreme weather is treated as a contingency with a 
probability distribution (i.e., one-in-ten-year weather has a probability of 10%, one-in- 
twenty a probability of 5%, and so forth). Service problems created by extreme weather are 
just one more probabilistic factor to be weighed in a rigorous analysis of the system’s 
expected performance. The system is planned to a service reliability target or to a metric 
limit that corresponds to a certain “target” level of consumer service. 

Generally, such planning methods assume that system equipment is operated at 
emergency levels during extreme stress periods (a one-in-ten-year event is rare enough that, 
at least in the author’s opinion, it qualifies as an “emergency”). Non-weather-related causes 
of service problems — failures, mis-operation of equipment, etc., must also be taken into 
account. There are two variations on this approach: 


Dynamic weather risk planning. This approach can only be used when the 
subsequent planning is done entirely with probabilistic planning and evaluation 
methods -- using reliability-load flows and risk analysis such as described in Chapter 
23. In this case, no weather criterion is set. Instead, a probability distribution of the 
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Figure 27.7 Left, incidence of the highest one-hour temperatures recorded each day from June 1 
through Sept. 15 for the years 1970 through 2000 as measured at a U.S. Weather Bureau station in the 
downtown area of a major city in the central United States. Right, distribution of daily peak demand 
based on that distribution and a function like that shown in applied to a single substation 
in the downtown area. 
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expected duration of peak demands is used in the reliability assessment — this 
planning models demand as a probability distribution based on weather. Figure 27.8 
shows one form of this model, a probabilistic load duration curve. 


Risk-based criterion. Here, a risk-based analysis of weather is done to determine a 
weather design criterion, subsequently used as the load target in what is otherwise a 
traditional (in this case, that means non-probabilistic) planning process. This 
criterion is determined by study of several representative parts of the system using 
reliability-based tools. Results vary, but generally justifiable targets fall somewhere 
between one-in-five- and once-in-ten-year frequency. 


Either of these variations on this basic approach, if well executed, provides a solid 
analytical basis for the design criteria. The dynamic weather risk planning is superior in that 
it permits what is in effect a variation in criteria as appropriate in subsequent planning, 
whereas the risk based criterion determines a “one size fits all” rule. 

For more detail on weather, computing extreme weather likelihood, weather 
normalization methods, weather criteria, and how to apply these concepts to T&D planning, 
including example computations and formulae, see (2002). 


Energy Is Normally Modeled as “Mean” 


While peak demands are modeled as “above average” in the manner described here, energy 
(area under the annual load curve) is usually most appropriately modeled at its mean value. 
Energy is mostly used as the basis for cost effectiveness evaluation of loss-reduction 
measures (like larger conductor). A mean (expected value) is most appropriate for this. 
Planners should note that this means their models of load will therefore use a combination 
of a higher than expected peak demand and a very low annual load factor. 
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Figure 27.8 Probabilistic load duration curve is used to determine the likelihood that load exceeds any 
particular level due to weather. This shows only the first 200 hours of the curve for a small portion of 
a large system. 


Copyright © 2004 by Marcel Dekker, Inc. 


1030 Chapter 27 


27.3 SELECTION OF A FORECAST METHOD 


A very wide variety of spatial forecasting approaches and computer programs to implement 
them are available. However, the selection of a T&D forecasting method usually begins 
with a rather straightforward choice between the two basic types of method, trending or 
simulation. While simulation provides better accuracy in nearly all cases, as well as an 
advantage in representational multi-scenario capability, it is much more expensive and time 
consuming than trending. On the other hand, often this additional effort is justifiable based 
on the complexity of growth issues that must be accommodated, and the T&D capital and 
operating savings that accrue from the improved forecasting and its resultant more accurate 
planning. 

[Table 27.2] lists nineteen forecast methods along with technical references about each 
(listed at the end of Chae) These nineteen methods represent the spectrum of 
available forecast approaches from simple to comprehensive, from easy to use to resource 
intensive, from less to more accurate and representative. compares their 
forecast accuracy and total cost of usage for a typical situation. lists labor hours 
(A is hours required to use the forecast method, B labor required for collection, assembly, 
and quality control of data) and computation requirements which indicate relative 
complexity and IT requirements. More details on these tests, and a review of a wider range 
of forecast methods and programs, is given in Chapter 17 of Willis (2002). 


Criteria Influencing Forecast Method Selection 


Before deciding upon the type of computer program and database to be applied to a utility’s 
distribution load forecasting needs, its planners should assess their requirements in order to 
assure that they select a method that matches their resources, data, and needs. Growth rates, 
lead times, planning difficulty, requirement for detail, externalities, budget, and other 
criteria vary from utility to utility. lists factors that are important in the selection 
process, in alphabetical order, not necessarily by importance (importance will vary form 
one situation to another). Each is discussed below in that same order. 


Accuracy 


Clearly, accurate forecasting of future electric T&D demand is a primary consideration in 
the selection of a forecast method. Ideally, the value of forecast accuracy should be assessed 
in terms of expected gain (in dollars) from the improved forecast. The present worth of this 
gain can then be matched against the expected cost of the method. 


Compatibility with the corporate forecast 


t os 


In general, a spatial forecast should base its overall, global trends on the utility's “corporate” 
forecast, used as a “driving input’ (overall totals) for simulation or as a “total adjustment” 
target for ETM or trending. The reasons for this very recommendation, along with several 
caveats and a discussion of adjustments that can legitimately be made to the corporate 
forecast to increase its accuracy with regard to spatial forecasting, were discussed earlier in 
this chapter. 


he 


Planners should keep in mind that the forecast tests used to prepare Figures and Tables here were 
representative of typical utility distribution forecast situations and needs but that every situation is 
somewhat unique. Some of the nineteen methods, in particular Methods 3, 16, and 18, are mainly 
intended for unusual forecast situations where they may have a significant advantage in accuracy or 
data compatibility, something that does not reveal itself in the data shown here. 


Copyright © 2004 by Marcel Dekker, Inc. 


Practical Aspects of T&D Load Forecasting 1031 


Table 27.2 Nineteen Documented Spatial Forecast Methods 


1 Polynomial curve fit (Meinke, 1979, EPRI, 1979). This is the traditional curve-fit approach to 
forecasting, done on a feeder area basis. 


2 Ratio shares curve fit (Cody, 1987). This method uses regression to trend each feeder’s share 
of system peak load, this is then used to allocate a previously forecast system total among 
feeders. 


3 Cluster template matching (Willis and Parks, 1983). Pattern recognition instead of curve- 
fitting is used to trend peak load histories. Quite robust in cases of missing/corrupt data. 


4 Vacant area inference (VAI) curve fit (Willis and Northcote-Green, 1981). Individual small 
area load histories as well as aggregated histories for blocks of areas are trended. The method 
can therefore “infer” a forecast for "vacant" small areas which cannot otherwise be trended. 


5 Cluster template in a VAI structure applies the VAI method using pattern recognition. 


6 Urban pole centroid (Lazzari, 1965) fits a 3-D curve to load density as a function of distance 
for the core of a metropolitan region. Innovative, but not useful alone for detail forecasting. 


7 Consumer-class ratio shares (Schauer, 1982). Curve fit similar to method 2, except each area 
is trended against the total system load in separate classes of residential and commercial. 


8 Multivariate rotation-clustering extrapolation (Wilreker et al., 1977; EPRI, 1979). A very 
comprehensive multi-variate regression trends several variables, peak load among them, using 
identified mathematical relationships between the variates to improve the forecast of each. 


9 LITCCT curve fitting regression, (Willis et al., 1994). The most accurate trending method the 
author has discovered; a combination of LTC regression and geometric constrained trending. 


10 Non-computerized land-use based manual (judgement along) approach. High labor costs and 
a relatively poor forecasting track record make this “not recommended” in ail cases. 


1 


— 


1-1-1 computerized method (Scott, 1974) uses a simple computerized approach to count and 
organize land use forecasts. Better results than Method 10 with little additional work required. 


12 2-2-1 land-use based simulation (Brooks and Northcote-Green, 1978) requires slightly more 
work and data than Methods 10 or 11 but produces better long-range forecasts. 


13 2-3-2 method (Canadian Electric Association, 1982). The “classic” small-area land-use 
approach, a benchmark against which other land-use based forecasting methods are judged. 


14 Combined land-use/multivariate method (EPRI, 1979; Yau et al., 1990). Method 8 extended to 
use land-use data, too. Very complicated to use and no better at forecasting than Method 13. 


15 3-3-3 method (Willis, Engel, and Buri, 1995). Method 13 with a more comprehensive model 
of land-use interaction and end-use load. Gives better forecasts in “complicated situations.” 


16 2-3-2 road-link method (Willis, Engel, and Buri, 1995) Method 13 with a change in spatial 
format to solve complexities that can become unmanageable in large rural forecast situations. 


17 3-3-3 high-resolution grid method (Willis et al., 1995) Application of Methods 13 or 15 on a 
very small (2.5-acre grid) basis provides a useful improvement in results/effort. 


18 Extended Template Matching (Willis, 2002, Chapter 15). Extended Method 3 applies its 
pattern recognition to land-use data in addition to load histories. Useful in some situations. 


19 Hybrid 3-3-l/trending program (Willis, 2002, Chapter 15). A combination of trending and 
land-use simulation that attempts to combine the best features of each method. 
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Figure 27.9 Cost of application for a 3,000 MW system plotted against a forecast accuracy measure 
for 19 forecast methods in} Table 27.1, Based on this comparison, the best forecasting methods appear 
to be 5, 9, 12, 17, 18, and 19. Dashed line shows cost versus results “limit” representing the best 


performance that the various methods seem to be able to produce. 


Table 27.3. Resource Requirements for Forecast Application Utility Test Cases 


> 2, 3, 4, = 


Urban centr. 
Cust. ratios 
Multivariate 
LTCCT 

Manual land-use 
1-1-1 cust. class 
2-2-1 cust. class 
2-3-2 cust. class 
Multiv. cust. clss 
3-3-3 multi-map 
3-3-3 road link 
3-3-3 monoclass 
Extended template 
Land-use/trend 
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Hours 


B 


Memory Used 
RAM Disk 
4 4 
8 10 
6 4 
16 40 
8 4 
4 10 
8 10 
16 20 
32 40 
24 50 
36 50 
48 120 
30 200 
40 80 


Min. 
CPU 


<] 
<1 
<1 
15 
<l 
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Table 27.4 Factors Influencing T&D Forecasting Method Selection 


Accuracy and Applicability — Forecasts that lead to the correct planning decisions are the whole 
purpose of forecasting. Accuracy is important, but more so is representativeness. 


Changes in Factors, Uncertainty, and Scenarios — may need explicit, “multi-scenario analysis. 


Communicability of Results — The ability to communicate the forecast method in an understandable 
manner is of great practical value in gaining credibility for the subsequent plan. 


Compatibility with Other Planning — In particular, corporate, market, or DSM planning. 
Corporate Forecast Compatibility —- Consistency with the corporate forecast is recommended. 
Cost and Resources — Look at the total usage cost of the method, not just the program’s cost. 
Data Requirements — What data are available? What will it cost to obtain and maintain the data? 


Documentability and Credibility — The method must be documented and have a credible track 
record. 


Planning Period ~ How far into the future can the method reliably project load growth? 
Robustness ~ The ability to tolerate reasonable “noise” in the input data. 
Spatial Resolution — What detail in location is needed to meet the “where” needs of T&D planning? 


Type of Small Area Format — Forecasts can be done by equipment area or uniform geographic area. 


Very often, the format of a corporate forecast ~ what classes of customer it identifies; 
how its data relate to peak demands; energy, seasonal, and temporal load variations; if, 
how, and how precisely it can be geo-coded and related to small areas — can have an impact 
in shaping the selection of a spatial forecast method. Ideally, the spatial load forecasting 
method should use the same classes, format, and coordinate mapping system used in the 
corporate forecast. Practically, some differences will no doubt exist, but they should be 
studied beforehand and the cost, time, and accuracy implications (if any) taken into 
account. The most important point is that the two forecast methods be compatible and their 
results consistent. 


Compatibility with other planning functions 


Increasingly, T&D planners are being asked to coordinate their planning with other 
activities in their company. This is particularly true if the utility practices integrated 
resource planning (IRP), in which T&D and demand-side management (DSM) expenses are 
compared and balanced for effectiveness. The load forecast serves as the common ground 
upon which a coordinated plan of all the resources and concerns is studied. To perform this 
expanded function, the T&D planning forecast must be compatible and consistent with both 
T&D planning needs and those of other functions such as DSM, service quality planning, 
distributed generation planning, and market/opportunity planning. 

Usually, this means that some form of end-use load analysis is necessary, as most of the 
other planning mentioned in the paragraph above includes customer-class usage based 
evaluation. Among other issues, this implies an expansion of the number of types of 
customer classes required in the T&D forecast. Regardless, the best time to “build in” 
compatibility with other planning and forecasting functions is before the method, classes, 
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spatial resolution, time periods, level of detail, and other factors for the spatial load forecast 
have been established. 


Changes in growth conditions and the need for multi-scenario planning 


These two items — expected changes in growth conditions and a need to model multiple 
scenarios — are closely related, but in fact they stem from slightly different planning 
concerns. To begin with, it is often recognized that the future conditions shaping growth 
will be different than they were in the past. For example, a large military base in the region 
may be scheduled to close. Even in the presence of continued growth in other segments of 
the regional economy, the base closing will have a negative impact in several ways, but it 
could have positive impacts in others, particularly if the base site is sold and made available 
for development. Regardless, it is clear that since conditions will be different than in the 
past, trending may be inappropriate, for the use of trending implies that system conditions 
will be similar to what they were in the past. A simulation method, at least a basic type that 
can react to changes in conditions such as this base closing, would perhaps be a better 
choice. 

A somewhat different situation develops when planners are uncertain about if, whether, 
or how conditions may change in the future. Perhaps the base closing is only one of several 
future condition changes that could occur. They need to model variations in future 
conditions to determine how vulnerable any particular plan would be to non-optimalities of 
conditions do change. This need also precludes use of pure trending methods and means a 
simulation method would be a better choice. However, not all simulation methods are 
capable of multi-scenario modeling — they vary greatly in ease of use and range of 
conditions they can embrace. A simulation method that can model base-case conditions 
with the local military base deleted may not be suitable for multi-scenario analysis 
involving changes in other conditions — such as shifts in population demographics, highway 
construction schedules. Table 27.5 lists the types of changes in growth factors that can 
invalidate the basic assumption buried inside all trending methods, that the process of 
growth and change observed in the historical data will remain constant in the future. 


Ease of explanation and clarity of communication 


Very often, opposition to a utility plan will focus on the forecast, not the plan itself. 
Neighborhood leaders opposed to a transmission line through their backyards are more 
likely to argue that the line isn't needed than to quibble with the engineering studies that 
show it should go through their neighborhood. In such situations, a forecast procedure that 
is difficult to explain, or whose mathematics are impenetrable without special study, is a 


Table 27.5 Factors Indicating Trending Methods May be Unreliable 


Seasonal peak changing from summer to winter or vice versa. 
Major DSM or load control programs in place or expected. 
Addition of or change in major employer(s) in region. 

Addition of major new highway, bridge, or mass transit system. 
Relocation of a port, airport, or other major infrastructure facility. 
Significant change in relative property tax rates among sub-regions. 
Changes in restrictions to growth (environmental, zoning). 

Region “uses up” available Jand and must change growth patterns. 
Significant year to year weather-load impact volatility. 
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severe liability to planners. Despite being fully documented, a complicated and highly 
mathematical procedure is a liability when trying to communicate confidence in method 
and results. A simple forecast concept, even if the mathematics and programming are 
complicated, is a great advantage in this regard. 

Simulation methods have a very great advantage with regard to this requirement. Unlike 
trending, which relies on equations and numerical methodology that at its simplest is quite 
complicated to the layman, simulation can be explained with the aid of colored land-use 
maps, graphs showing population growth, charts of appliance usage, and similar exhibits 
that are easier to relate to everyday activities than equations. 

Not only does such an intuitive appeal help convince others of the validity of a forecast, 
it is often a great aid to the planners themselves. Nothing helps identify set-up errors, 
transposed data, or mistakes in application faster than a strong intuitive appeal in the format 
of the forecasted data. A forecast that communicates well, both in complete output and in 
appeal to intuition and experience, is valuable for this reason alone. 


Cost 


As shown earlier in this chapter, cost of application varies as much as accuracy among 
available spatial forecasting methods. A forecast method must fit within the budget and 
should be selected with an eye on overall forecasting resource limits. Absolutely nothing 
contributes to poor forecasting accuracy more than attempting to use a method that exceeds 
the available budget — the shortcuts forced on data collection, calibration, and usage when 
insufficient time and resources are available destroy accuracy and usefulness. 

If the available budget does not permit quality collection and verification of the data, 
proper training, and “learning curve” time for the staff, while still leaving sufficient 
resources for application and interpretation of results, then it is best to accept a less 
demanding method even if it is inherently less accurate or applicable.’ 


Data requirements 


Available data and the cost of data gathering and verification are key factors in any 
selection process. Data collection is the major component of cost with some forecast 
methods, particularly simulation. If the data required for a particular method are simply not 
available, then that precludes that method's use. But very rarely are data absolutely 
unavailable — usually almost anything needed for spatial forecasting can be gathered with 
sufficient effort. Therefore, the cost of various data sources must be weighed against the 
benefits that accrue from their enabling better forecast methods to be used. 

Sources, quality, and timeliness of available data vary tremendously among electric 
utilities. Some have timely and accurate data on customers, land uses, end uses, appliance 
market shares, demographics, employment and labor, system load curves and equipment 
readings, and everything else required by the most advanced simulation methods already on 
hand and available company-wide from a central information system. In such cases the 
incremental cost of preparing the spatial and temporal databases required for application 
may be very low. However, a few utilities are at the other end of the data spectrum, with 
customer data limited only to billing data, and with little more in the way of load data than 
annual peak readings from “tattletale’” current meters on major substations and transmission 


Actually, the recommended procedure is to determine which method is best overall and then convince 
management to devote the resources required. Often, however, budget and resources are constrained 
and planners must do the best they can with what is available. 
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lines — readings that are often imprecise because of infrequent checking and calibration, and 
which never provide the time of peak, but only the amount. Here, the cost of “upgrading” to 
even one of the advanced forms of trending might be considerable. 

Therefore, the cost of data collection for spatial forecasting must be judged with regard 
to utility-specific availability, conditions, resources, and support costs, and weighed against 
the need and benefits of its usage. In searching for the lowest cost data/forecast solution, 
planners should not forget an often attractive alternative to developing data in-house — 
buying it from third party suppliers. In almost all cases, the land-use, customer, 
demographic, appliance, and load curve data necessary to support any of the simulation or 
multivariate methods is available for purchase from commercial suppliers. 

The most common error in evaluating data needs, however, is failing to look for 
economical sources of the data needed within the utility. T&D planners are most familiar 
with the historical peak feeder and substation load readings available at nearly every utility, 
and unfamiliar with customer, load research, and marketing data. In many cases, the land- 
use, zoning, demographic, and other spatial information needed for simulation is available 
at low cost within the utility or from local governments or other utilities. 

But there are cases where essential data may not be available, and the higher data needs 
for simulation always represent a higher handling and verification cost. In addition, 
availability of data developed for another planning purpose does not guarantee that it will 
completely meet T&D planning needs. Issues of timeliness (how recent is the most recent 
data?), periodicity (how often is the data source updated?), definitions (does “peak demand” 
here have the same meaning as when used in T&D planning?), and verification quality 
(exactly what does “verified accurate” mean to the people who gathered the data?) need to 
be examined, and the cost to modify or bring the data up to T&D requirements on a 
continuing basis determined. 


Documentability and credibility 


Forecasts are the “initiator” of the planning process — they identify a need for future 
facilities and are often viewed as the “cause” of the capital expenses put into the future 
budget. Very deservedly, they receive a good deal of attention from upper management, 
who seek confidence that the needs identified in the forecasts are real and that the expenses 
are necessary. The resulting plans often call for rights-of-way and sites that will be opposed 
by local community groups and interveners on the basis of cost, inconvenience, and 
esthetics. Lastly, regulatory agencies pay close attention to both expenses and public 
concern, so that the forecast that initiates the planning process will be examined carefully 
and its results questioned heavily. 

For these reasons, a very important aspect of forecast method selection deals with 
documentation and the credibility of both method and its use. Part of this is the 
communicatability of the method itself, discussed above. But the real issue is for planners to 
assure that the forecast method, the reasons for its selection, and its manner of use are fully 
documented. Nothing is better with regard to these criteria than a forecast method with a 
long history of proven success in similar forecast situations, with a format and output that 
are easy to communicate and that appeal to intuition and familiar insight, and that is used in 
a manner that leaves a comprehensive “paper trail’ documenting ever step in the forecast. 

Documentability. At a minimum, every power delivery planner should make certain that 
all methodology is fully documented. This means having an identified methodology and 
procedure for its application, including: 


1. A spatial forecasting method using a fully disclosed procedure, hopefully one 
well-proven and published by other parties, not just the planners' own company 
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2. Documented sources of data and standards for its completeness, timeliness, and 
verification 


3. A procedure for tracking and documenting “what we did” in the course of 
preparing a forecast 


Ad hoc forecasting and seat-of-the-pants methods do not meet these requirements. 
Neither do non-analytic methods, computerized or not. A computer method that is well- 
documented in technical and scientific literature is a good start toward meeting the goals 
listed above, but the utility must establish procedures for items 2 and 3, and follow through 
consistently. 

Credibility. Documentation does not make a utility immune to criticism or prevent the 
occasional “defeat” in the public arena. However, solid documentation and record-keeping 
of the forecast method, the procedure for its application, and the quality control that 
surrounds both go a long way toward bolstering credibility. 

Nothing contributes quite as much to the credibility of a forecast as the methodology‘s 
proven track record of success at other utilities. Publication of the method and its evaluation 
in major reviewed technical journals such as JEEE Transactions is also meaningful — the 
peer-review process used in such journals maintains a quality control on the legitimacy of 
technical claims and the validity of testing procedures used. 


Planning period 


If T&D planning is to be done over a 10- to 20-year period, then both long-range and 
short-range accuracy are necessary, as is a multi-scenario forecast ability, because 
uncertainty in future conditions is the only certainty in the long term. On the other hand, 
if five years is the extent of planning applications, then the long-range forecast accuracy 
and multi-scenario forecast capability of more advanced methods are hardly worth the 
additional cost. 


Robustness 


Robustness — insensitivity to noise in the data or the occasionally missing data point — 1s a 
desirable trait in any practical software system, for data are never perfect and occasionally 
far from it. Insensitivity to data error depends on both the inherent robustness of the 
mathematical procedures themselves (some types of calculations are more sensitive to error 
than others) as well as how those procedures are implemented as a computer program. 

Spatial load forecasting algorithms vary widely with regard to how well they can 
tolerate noisy data and missing data points. Among trending methods, polynomial curve- 
fitting methods, particularly those with high order (cubic or higher) terms, tend to be 
relatively more sensitive to noisy data (and particularly missing data points), while the 
clustering and pattern recognition methods are more robust. With curve-fitting methods, a 
useful tactic in the presence of noisy data or missing data elements is to reduce the order of 
the polynomial being fitted — for example, substituting a second order polynomial for the 
more often used cubic order function. . 

Generally, spatial simulation methods are very robust with regard to noisy small area 
data, mildly incorrect geographic data of any type, and missing data points in the load 
curves. In this regard, they are among the most tolerant of planning methods available. A 
point generally not appreciated is that spatial frequency domain implementation of the 
small area preference map calculations not only decreases computation time, but also cuts 
round-off error and sensitivity to data noise substantially (Willis and Parks, 1983; Willis, 
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2002). Simulation methods that use distributed urban pole computations are also much 
more robust than those that do not. 

However, the data sensitivity of the various urban models and the end-use load curve 
models employed in simulation methods varies widely. Some urban models developed for 
other industries and forecasting purposes are not robust with respect to electric utility 
applications (Wilreker, 1977; Carrington, 1988). Single-stage Lowry models are generally 
more robust than multi-stage, but multi-stage models may still be preferable.* 

Some commercial spatial load forecasting and T&D planning software systems include 
filtering routines, which at the option of the user can be applied during both the frequency 
domain computations and during temporal load curve analysis, to detect and “repair” 
certain types of data noise and omissions. Benchmarks indicate these work well, but their 
exact natures are considered proprietary by their manufacturers. To the author's knowledge 
no published reference on these very interesting additions to simulation exists. 


Spatial resolution 


How much “where” information is required to support the T&D planning? Higher 
resolution generally costs more money. High resolution forecast techniques are necessary 
and cost-justified in many cases. However, a planner should determine the minimum spatial 
resolution required and focus on achieving good accuracy at that small area size. Forecast 
methods that work with a smaller size area will only be useful if the smaller area size 
improves accuracy versus the required resolution, or if it makes data collection, verification, 
or program use easier.” 


Type of small area format 


Geographic location of load growth in all spatial forecasts is accomplished by dividing the 
utility service territory into small areas. Figure 27.1 shows the two basic small area 
approaches, each has many possible slight variations. The small areas might the equipment 
service areas of substations or feeders in the system, as occurs with methods that trend 
historical equipment loadings, etc. Or the small areas might be explicitly defined 
geographic areas, such as square areas defined by a grid or polygons by a particular GIS 
system application. With only a few exceptions, an equipment-oriented approach is used 
with trending and hybrid methods that heavily depend on trending or historical load data, 
and a geographic approach is prevalent among simulation methods and hybrid methods that 
are basically derivatives of simulation or pattern recognition approaches. 

The type of format — equipment oriented or geographic — greatly affects the 
subsequent planning effort and to some slight extent also the results. Short-range planning, 
particularly of additions to existing system elements, is much easier with an equipment- 
oriented forecast. On the other hand, long-range and strategic planning and optimization, 


This must be kept in perspective. A robust technique shows relatively little change in computed results 
when the input data are contaminated by errors. Therefore, a method that produces poor results with 
good data, and the same poor results with error-filled data, will be considered robust. For example, in 
the presence of increasing amounts of data error, a multi-stage Lowry model's accuracy degrades more 
quickly than a single-stage model's. But while the single-stage is considered very robust, the multi- 
stage is still generally more accurate (see 2002). 


Some basic simulation methods are easier to calibrate and their database is easier and quicker to obtain 
and verify if done at high resolution (Tram et al., 1983). 
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Figure 27.10 Spatial load forecasts are accomplished by dividing the service territory into small 
areas, either rectangular or square elements of a uniform grid (left), or irregularly shaped areas, 
perhaps associated with equipment service areas such as substations or feeders. 


particularly where siting of major new facilities (substations, sub-transmission lines) is 
involved, 1s best done on a firm geographic basis. 

Planners should realize that in almost all cases, a firm geographic-area basis will result 
in better forecast accuracy as determined by most statistical approaches that evaluate 
forecast accuracy. However, an equipment-oriented forecast format may be more effective 
as a planning tool, particularly for short-range studies. 


Use a spatial, not small area, method 


All spatial forecast methods use the small-area approach, but not all small-area forecasts are 
spatial. Spatial methods have the integrating, consistency-in-context-and-framework-of-the- 
forecast structure discussed n{Chapter 25 They make some effort to make certain that the 
forecast of every small area is coordinated with an overall common set of circumstances 
and assumptions. By contrast, some small area forecast methods do not. Spatial methods 
achieve better results and lead to far fewer planning mistakes. 


27.4 APPLICATION OF SPATIAL FORECAST METHODS 


[Table 27.6] lists the results of the author’s survey of U.S. utilities and their forecasting 
priorities — as reflected in what they actually do, not what they would like to do. This 
gives some indication of the key outputs and context of T&D forecasts as applied by 
utilities to T&D planning. The table is prioritized within its different areas by 
“importance” of a particular aspect as measured by the percent of utilities that implement 
the aspect. lists the author’s recommendations for practice in T&D load 
forecasting at an electric utility, in descending order of importance (all, however, are 
important). These are discussed below. 


Recommendation 1: Focus on the Plan, Not the Forecast 


A forecast is not an end unto itself. It is the first step in a process that creates and 
manages the T&D plan and its value should be judged by how in contributes to that end 
result. A focus on the forecast itself can blur the real focus of planners and lead to 
improvements of the forecast method or data that do not improve the planning. 
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Table 27.6 Required Characteristics of Spatial Load Forecasting Methods for the 


Electric Power Industry 


Characteristic 


Forecast annual peak 

Forecast off-season peaks 

Forecast total annual energy 

Forecast some aspects of load curve shape 
(e.g., load factor, peak duration) 

Forecast peak day(s) hourly load curves 

Forecast hourly loads for more than peak days 

Forecast annual load duration curve 

Power factor (kW/k VAR) forecast 

Forecast reliability demand in some fashion 

Multiple scenario studies done in some manner 


Base forecasts updated 
- at least every five years 
- at least every three years 
- at least every year 
- at least twice a year 


Forecast covers period 
- at least three years ahead 
- at least five years ahead 
- at least ten years ahead 
- at least twenty years ahead 
- beyond twenty years ahead 


Spatial forecast “controlled by" or adjusted so it 


will sum to the corporate forecast of system peak 


(coincidence adjustment may be made) 


Forecasts adjusted (normalized) to standard weather 


Weather adjustment done rigorously 


Consumer class loads forecast in some manner 
End-use usage forecast on small area basis 
DSM impacts forecast on a small area basis 
Smail area price elasticity of usage forecast 
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% Applications 


100% 
66% 
85% 


66% 
50% 
15% 
10% 
20% 
15% 
66% 


100% 
66% 
50% 

5% 


100% 
100% 
50% 
20% 
20% 


50% 


80% 
25% 


35% 

5% 
<5% 
<5% 


Critical 


* 
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Table 27.7 Recommendations for T&D Load Forecasting 


1. Focus on the Plan, Not the Forecast 

2. Develop and Use a Rigorous, Documented Forecast Procedure 
3. Explicitly Define All Terms and Definitions 

4. Remain Objective and Unbiased 

5. Document Every Forecast Including Data, Method and Results 
6. Weather-Normalize All Historica] Load Records and Forecasts 
7. Make All Forecasts in the Company Consistent with One Another 
8. Always Use a Multi-Scenario Mindset 

9. Study Before Forecasting 

10. Keep Recent Events or Changes in Perspective 

11. Use the Forecast Unaltered 

12. Remain Skeptical of All Results 

13. Build in Continuous Improvement 


All decisions about forecast method, resources, data and commitments should be 
based on the overall T&D planning view: what they contribute to the plan, not the 
forecast. Ideally, the forecast procedure is designed to be an economical but effective part 
of the planning process, and includes the optimum tradeoffs between resource 
commitments and planning results. A forecast can always be improved, by use of more 
data, more analysis, more time and effort. The important point is whether that effort is 
justified based on improved planning results. 

This recommendation does not mean that the forecast 1s secondary as regards 
resources or timing. It means that while performing the forecast, planners must focus on 
completing it on schedule, within budget, and to the quality level needed, and keep in 
mind why the forecast is needed. All decisions with regard to effort and quality should be 
tempered with a regard for the entire plan, not a focus on the forecast as an end product. 
A forecast is only a first step, not an end unto itself. 


Recommendation 2: Develop and Use Only a 
Formally Documented Forecast Method 


The author cannot stress enough the need for complete documentation in forecasting. The 
most common flaw among T&D plans that “go wrong” when challenged is an inability to 
support the need for the system additions because the load forecast is not supportable. 
Any forecast is subject to scrutiny, and every forecast is wrong to some degree — it is 
impossible to forecast perfectly. But a proven method, selected because it is appropriate, 
used properly, and documented every step of the way, provides proof that the forecast has 
a rigorous and unbiased basis. That is really all anyone can ask. 

Section 27.4 emphasized the need to select and use a documented forecast method — 
one that is fully disclosed as the method. There are three needs for documentation in 
forecasting: (1) documenting the forecast method and its selection (covered earlier), (2) 
documentation of the procedure for its use (this recommendation), and (3) documentation 
specific to each forecast/plan, recording that the procedure and method were properly 
used and recording all results or anomalies (Recommendation 3, below). Documentation 
of the procedure must include completeness with respect to: 


When, Who, and Where. The forecast procedure document should lay out when 
each step of the forecast is to be performed, who is responsible for that step, and 
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who this person will work with in performing that activity. An example would 
be: By Sept. 15, the Planning Division Manager will identify in his annual 
Feeder Loading Survey memorandum, via internal e-mail, to all Operating 
Division Engineering Managers, the system peak day that will be used for all 
load data for the previous summer. By Oct. 1, Operating Division Engineering 
Managers will report by e-mail memorandum and attached electronic 
spreadsheet the maximum one-hour load recorded on each feeder in their 
division on that day to the Planning Division Manager. 


Data: What and How and If. The procedure should identify what data are to be 
used and how. Example: “Load readings by feeder will include real and reactive 
power, and time and day of reading. No adjustment for temperature or other 
unusual circumstances will be made. Unusual switching or operating 
configurations will be noted as such. Missing data fields will be identified as 
“not available” — no estimation will be made. It is important that this part of the 
procedure’s documentation identify exactly how missing data, deviations, or 
inconsistencies are to be handled (“If load data for a specific feeder are not 
available for the requested system peak day, then the peak value recorded any 
time during the summer is to be used’’). 


Analytical Procedure. The analytical procedure should be outlined completely, 
indicating the order of the steps, the exact procedure and context of each step, 
where and when adjustments or estimates for missing data are done, etc. Every 
step must be identified. Extreme specificity is needed in this step. The statement, 
“Feeder peak loadings will be adjusted to standard weather conditions” is far too 
vague. Much better would be, “Real and reactive power components of the 
reading for each feeder will be multiplied by the same factor, which will be 
determined using the Weather Adjustment table given in Appendix W of this 
report.” Temperature used for the “actual temperature” will be the temperature 
recorded at the downtown weather bureau at the time of the beginning of the 
reading’s one-hour demand period. Temperature for “adjusted to” will be for the 
column marked “Normal (No-Contingency) Target Levels.” 

It is often unfeasible to document the algorithm or computer program used 
with complete specificity (i.e., a copy of the program code is not needed). 
However, identification of the program, version, and any operating options or 
settings to be used needs to be made. “Forecast program used was CAREFUL v- 
3.2, with the program’s spatial and temporal resolution factors set to 10.0 and 
1.0 respectively, and the urban pole compression feature set to “Off.” 


Documentation. The procedure should identify what is documented, when, and 
how. Example: “Upon completion of the weather adjustment step, a table of 
weather adjustment data will be printed and filed, showing real and reactive 
readings by feeder, along with the time, temperature, and adjusted values. An 
electronic copy of the spreadsheet will be retained in the planning department 
directory “Forecast [year].” 

Documentation should include all databases, both prior to and after analysis, 
along with copies of the set-up or overview page or display that gives the 
settings and operating selections for any software used. 


Interpretation and Adjustment. A good forecast procedure includes an explicit 
step in which the planners/forecasters look at the results, test to verify their 
validity, and explicitly decide they will use the forecast. And, given that step, 
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the procedure to be followed in the event that step “fails” the forecast also needs 
to be identified. 

Recommendation 9, below, states that the forecast should be used unaltered, 
once it has been produced by a rigorous, well-documented, and well-applied 
forecast procedure. However, the forecast procedure must allow for a situation 
where the planners do not have confidence in the forecast produced by their 
method or algorithm. Thus, the forecast procedure should include a step in 
which the users check the forecast for overall believability and fit to their 
expectations, and optional steps which can be taken to adjust or correct it if it is 
thought to be in error. 


Results and Transfer and Use. Finally, the procedure should identify what 
results are to be conveyed to whom, and for what uses. Example: “A copy of the 
preliminary forecast peak feeder load report for the forthcoming seven years will 
be sent to each Operating Division Engineering Manager for review and 
comment on the loads in his division territory.” 


This documentation should exist as an actual document (printed and distributed) 
and/or electronically on the corporate network, as appropriate. It should include 
identification of who has authority to modify it and how modifications or deviations from 
this procedure are authorized and documented. 


Recommendation 3: Document Each Forecast Including 
Data, Method, and Results 


This is listed in this order because it requires a documented procedure (2, above), and it is 
listed separately from (2) to distinguish the effort and purpose. In (2), the utility 
established and documented “how we do a forecast.” This particular recommendation 
focuses on documenting that that procedure was followed in every case, along with a 
documentation of the details of every step. 

Beyond all the sound reasons for this relating to consistency, accuracy, good record- 
keeping, etc., the primary reason behind this recommendation is that forecasts are often 
challenged, and a solid “paper trail” based upon a rigorous and approved procedure is the 
first defense against criticism and rejection. Each forecast should be documented by 
recording all aspects of following the procedure in (1) above. Step by step, 
documentation should be gathered and archived on data, corrections, assumptions and 
changes, analysis, missteps and corrections, and results and use. This should include: 


A step-by-step record of what was done, when, and the documented steps 
corresponding to the documented and approved procedure (Recommendation 1). 
This is just a written or electronic form that shows who did what, when, and 
where the results were placed in the forecast procedure. 


Archiving of all databases and interim results. Example: as the first step in a 
trending process, feeder peak load readings for a specific summer’s data are 
gathered. This “raw database” should be archived as part of the record. Normally, 
among the first steps performed in weather normalization of these data is 
converting peaks to a normalized value under specific weather conditions. In 
addition to recording that this weather normalization step was done (see 
paragraph above), in the right order, and when and by whom, the resulting 
weather-normalized load database should be archived, too. 
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Assumptions, adjustments, and corrections should be completely documented, 
with the reason as well as the assumption or correction taken. For example, if the 
base forecast assumes a new bridge that would alter development patterns will be 
built (see Chapter 25. [Figure 25.10} that should be listed as an assumption along 
with the reasons why that is assumed in the base case. 


Suppose that the peak load datum given for a particular 12.47 kV primary feeder 
is 57.65 MVA, a value clearly too high to be legitimate. Planners might assume 
that this is simply a misplaced decimal point (actual value, 5.765 MVA). If so 
they should document this change. 


Mistakes or incorrect results and interim results that must be repeated should be 
archived and the entire process of creating them, finding mistakes, and correcting 
them documented. It is good policy to retain interim results or forecasts that are 
based on mistakes that are caught and corrected, showing that the correction was 
noted and fixed. This is far preferable to going back, after the forecast has been 
corrected, and altering the record so that it contains only the correct forecast. 
Often mistakes are made in any such “clean up” process and the record is not 
complete or accurate. 


Final results and reports should be archived along with information on who 
reviewed and approved them, and to whom they were distributed. 


There are two tests of sufficiency that planners should apply in determining if their 
documentation is complete. First, could an experienced planner, but someone completely 
unfamiliar with this forecast, reproduce its results based on information contained in this 
archived data and record? Second, can planners defend the forecast against reasonable 
levels of critique and query based on the records they have maintained? The answer to 
both questions should be “Yes, without doubt.” 


Recommendation 4: Explicitly Define All Terms and Definitions 


In truth, this could be viewed as part and parcel of recommendation 2 above, but it is 
distinct and important enough to be included as a separate recommendation. The utility’s 
documented procedure should lay out unambiguously what every term and all the 
nomenclature used means. A glossary of terms, even those often thought to be common 
knowledge, is recommended. 

This is important not only for communications purposes, but to assure consistency. 
Forecasting crosses boundaries of many functions and departments within a utility and 
the utility’s community. The spatial forecast works with data, information, opinions, and 
factor projections drawn from many different disciplines — engineering, demographics, 
customer information, economics, and finance. Each of these fields has its own 
terminology and nomenclature: they often employ the same words but put different 
meanings to them. 

Major differences in definitions and meaning are usually easy to discern and cause 
few problems. It is the subtle differences that trip up planners. For example, few people 
will be confused because an economist and an engineer use the word “‘demand” to refer 
to very different concepts. But in many utilities, engineers base “demand” measures and 
models on measurements made over one-hour periods, whereas revenue and rate 
departments often use quarter-hour periods. The difference is noticeable and can create 
problems, particularly in some types of customer-class studies. Another subtle 
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problematic difference is that the Customer Service department often uses “customer” to 
_ mean “account,” whereas Operations uses the word to mean an address. 

Effort to explicitly achieve this definitional consistency is important, because there is no 
guaranteed standard terminology in use in the electric power industry. Terms such as “total 
cost,” “initial cost,” operating cost,” “peak demand,” “energy usage,” “peak period,” 
“equipment lifetime,” and “savings” often have subtle differences from one situation to 
another. All should be explicitly defined in writing and agreed to up front. Anyone who 
cannot define these terms completely and unambiguously is not ready to begin a DG study. 

Beyond this, often the most fundamental definitions are not clearly articulated to the 
extent they need to be. A detailed and brilliantly conceived plan can be completely 
invalidated by the misunderstanding a single term such as “normal operating voltage” and 
whether operating voltage at time of peak affected the recording load histories. 
Forecasters and planners should make certain that the most basic terms such as “kW,” 
“kVA,” “capacity,” and particularly performance- or incremental-related terms such as 
net,” “normal,” “ nie 
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emergency,” “extreme,” and other such adjectives are set forth 
explicitly, and that all parties — forecasters in all departments, planners, the electric 
consumer, finance, rates, and management — agree on them. 


Recommendation 5: Remain Objective and Unbiased 


Forecasters and planners need to remain objective, evaluate all options equally, and not give 
any undue preference in method, technique, or data to a favored scenario or plan. This does 
not mean that they should not do “proponent studies.” Often, forecasters and planners are 
asked to “make a case” for a particular plan, or to produce a scenario and plan that matches 
certain management objectives. These call for something other than “objective forecasts” 
and plans. Even in those situations, an objective mindset serves the forecaster best. A 
realistic perspective about how irregular a particular forecast or plan may be is by far the 
best way of assuring that it is done in a comprehensive and sound manner that meets 


management’s requirements.|Chapters 2 || 26Jand|29] cover the need for objectivity in detail. 


Recommendation 6: Weather-Normalize All Historical 
Load Records and Forecasts 


All load readings and all forecasts should be adjusted to specific identified weather 
conditions — normalized to standard weather conditions (adjusted to a defined set of 
design criteria weather conditions). Generally, weather adjustment is done to a set of 
design weather conditions — weather conditions that are the criteria for all planning and 
design be that one-in-ten or some other period of risk occurrence. Particular attention 
ought to be given by planners to the issues covered in section 27.2. 


Recommendation 7: Make All Forecasts in the 
Company Consistent with One Another 


All forecasts used for the utility should be consistent with one another, reflecting the same 
base assumptions and conditions, and driven from the same perspective. This does not 
mean that the spatial load forecast, to be used for T&D planning, should necessarily match 
the corporate forecast MW to MW. There are legitimate reasons why there should be a 
difference — coincidence of load and weather normalization being two adjustments which 
should result in differences between the totals the two forecasts represent. But beyond these 
explainable, deliberate, and hopefully fully documented differences, the T&D planning 
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forecast, the corporate forecast, the marketing forecast, and any other forecast used in 
planning the utility’s revenues, expenses, or resource allocations, should all be completely 
consistent. There are several compelling reasons why this consistency is required. 

First, based on the spatial forecast and the subsequent steps in the planning process, the 
T&D planners will ask their executives to commit a part of projected future revenues to 
T&D investment. The executives, while always reluctant to spend any more than necessary, 
do understand that "you have to spend money to make money.” But they have a right to 
expect that the forecast that is telling them they must spend money is based on the same 
assumptions and growth as the forecast that tells them how much money they are forecast 
to have in the future. The corporate forecast contains the assumptions about future 
economy, demographics, and major political and industrial events that have been approved 
or at least well-studied and not opposed. It is therefore the “corporate” vision about the 
general trends of the future. The T&D Department’s request for investment should match 
that same “‘vision of the future” and assumptions as the forecast that the utility’s executives 
are using to estimate future revenues. If not, the T&D planners have failed to do their job. 

Beyond this, as mentioned in other parts of this book, the economists and analysts in 
the corporate revenue forecasting group generally know what they are doing. Their 
forecasts of consumer count, sales, and peak load for the system are probably as accurate 
(from a representational standpoint) as anything the T&D planners could ever produce. 
Why re-do all that work? 


Recommendation 8: Always Use a Multi-Scenario Mindset 


Even if there is no firm evidence that the basic forces driving growth might change, even 
if there are no uncertain events in the future, and thus no abiding need to study alternate 
scenarios, T&D forecasters should “think” with a multi-scenario framework. By its very 
nature, the multi-scenario approach eschews a “single future” perspective and forces the 
planners to confront their forecast’s sensitivity to imperfectly projected future controlling 
factors. A multi-scenario perspective is always a healthy attitude for a forecaster to take. 
Both the knowledge gained from working within this paradigm, and the skepticism and 
objectivity it normally produces about the accuracy of any one “forecast,” will serve the 
utility and its planners well. 


Recommendation 9: Study Before Forecasting 


One of Dwight Eisenhower’s most famous quotations is “Plans are worthless, but 
planning is everything.” His point was that the value of a plan was in the knowledge and 
experience gained during the process of creating it, not in the plan itself. This is the first 
reason why planners need to study the situation, data, and scenarios of their forecast 
carefully before completing it. An important, if often implicit, objective for utility 
planners is to retain an understanding of the future, its possibilities of growth, and what 
that growth might mean to their plans. This knowledge comes from study. 

But beyond that, forecasts need to be directed and managed by planners who 
understand the historical growth and its context, who have a feel for the process of 
growth and its drivers, and who understand the forecast process and its implications in 
detail. No forecast method, no matter how advanced, is so automatic that it can be used 
well by someone who does not understand the data, the forecast situation, and the context 
of the forecast. That understanding comes from study of the data and the forecast 
situation in its wider context. It does not come automatically from just “living with’ the 
situation through long assignment to a region or planning position: some of the least 
knowledgeable planners/forecasters the author has met have been in their positions for 
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years but have never taken the time to formally study, objectively evaluate, and 
quantitatively assess their planning situation. 

Many utilities, always under pressure to cut resource requirements, reduce too far the 
time budgeted for assessment and study in preparation for the forecast. Generally, this 
results in a poor forecast, both in absolute terms (accuracy, representativeness) and 
practical results (the forecast may not be used well, either). 


Recommendation 10: Keep Recent Events or Changes in Perspective 


Study and good sense help planners maintain a sense of proportion for driving events and 
growth influences, and particularly for how recent changes may influence the future. One 
of the most difficult tasks of a forecaster is to recognize change in conditions or forecast 
driving influences but not over-react to them. There is generally a tendency to over-react 
to changes or big events. For example, NAFTA (the North American Free Trade 
Agreement) had a major influence on the growth of communities along the U.S.-Mexico 
border, particularly those along major transportation routes, such as Laredo and Nuevo 
Laredo. However, it did not create a quantum change in contemporary trends, nor did it 
change the overall character of the process of growth in that region, as some people 
suspected it might. Laredo was growing significantly prior to NAFTA and continued to 
grow pretty much as one would have forecast without NAFTA. 

There are events which will completely change the character of a region and its future 
growth, but they are rare, and even they must occur in a relative vacuum of other effects 
and influences. The Mercedes-Benz assembly plant in the southern U.S. completely 
changed the growth of an entire region (the corridor between it and Birmingham, AL). 
However, that can only be established through study and quantitative assessment of 
conditions in the area. Generally, there is a tendency for forecasters to initially 
overestimate the impact of large, “marquee’’ events, like NAFTA, or the destruction of 
the World Trade Center in New York, on the growth of the region. Often, considerable 
study (see [Recommendation 6} is needed to put the events in perspective. Thus, overall 
the primary recommendation is depend on historical inertia in trends and growth 
character and do not over-react to any one event or change. 


Recommendation 11: Use the Forecast Unaltered 


There is no reason not to use a forecast performed using good data, a rigorously 
documented forecast procedure that was well founded and designed, and that has been 
done by experienced planners who have studied and understand the forecast context. 
However, there is sometimes a tendency to adjust or “fiddle with” those elements of a 
forecast that seem a bit unexpected or do not exactly match expectations. This should be 
done rarely, if at all, and only by procedure (Recommendation I, above, included a step 
in the forecast process to document such exceptions and to change them). With few 
exceptions, if the input data are valid, the forecast method sound, and the application (use 
of the method and data) based on good experience and sound judgement, then the 
forecast should not be altered. More often than not, the forecast is correct and the user’s 
intuitive and objections are wrong. 

A somewhat ignominious example will illustrate this. In late 1976 the author 
supervised a team of planners at Houston Lighting and Power that used ELUFANT (one 
of the very first comprehensive land-use simulation-based T&D forecast computer 
programs developed in the power industry) to perform a 71-acre (square areas 1/3 mile 
wide) spatial forecast of non-coincident peak demand for the entire metropolitan Houston 
area. This 25,000+ small area forecast was a very ambitious undertaking for the time, and 
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used what was then an unproven forecast method. The completed forecast was a year-by- 
year projection twenty-five years ahead (through 2003). It was judged acceptable except 
for several small concerns. Among them, the forecast showed a large concentration of 
high-rise commercial development around the intersection of Interstate Highway 10 and 
what was then Farm-to-Market road 1960, at that time an undeveloped area in a sleepy 
section of the system, still quite far from the city’s outermost peripheral growth. Since the 
type of land use and the amount of it both seemed excessive, the author and his team 
“edited” the forecast to delete the commercial high-rise development and substitute low- 
rise development. But twenty years later, that area had in fact actually developed to high- 
rise land use very much as and when forecast. 


Recommendation 12: Remain Slightly Skeptical of All Results 


Mistakes, bugs, errors — whatever they are called — happen frequently and are difficult to 
find, as was discussed in that section. The best policy is always to look for why the 
answers could be in error, even if they are the result that was desired and expected. 


Recommendation 13: Build Continuous Improvement into the Process 


Any process that “gets better over time” will eventually become really good if given 
enough time. Thus, even a forecasting procedure that is mediocre when first set up can 
become very good if it includes methodology to recognize areas that can be improved, 
determine ways to move those improvements, and implement them. 

Thus, the final recommendation is that the utility’s forecast procedure include a 
formal process of reviewing past forecasts, of identifying what went wrong and what 
went right (if it isn’t broken, don’t fix it), and of correcting deficiencies or areas that can 
be improved. Perhaps it is impossible to label this as the most important of the 
recommendations, but it is certainly as important as any of the others: striving for 
constant improvement will produce it. 


Pitfalls to Avoid in Forecasting 


Table 27.8 lists eight pitfalls that utility planners sometimes fall into with regard to 
spatial electric load forecasting. As was the case with the recommendations given in the 
previous section, these are not listed in any order of priority or importance. The relevance 
and importance will vary from one situation to another. Each of these is discussed in the 
remainder of the chapter. 


Table 27.8 Eight T&D Load Forecasting Pitfalls 

1. Putting too little emphasis on forecasting 

2. Applying judgement to the forecast itself 

3. Letting available data dictate forecast method 

4. Putting too much emphasis on forecast method 

5. Blindly importing forecast data from another utility 

6. Using different weather adjustment for normal and emergency planning 
7. Removing unexplained trends or anomalies in the input data 


8. Using a magnitudinal rather than a spatial perspective 
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Pitfall 1: Putting too little emphasis on forecasting 


Few utilities totally neglect forecasting, but many do not devote sufficient time or 
resources to determining just what load levels they should use as design targets for the 
future system. Subsequent steps therefore build on a weak foundation. 

It is important to keep forecasting in perspective, and to remember “You get where 
you need to be by knowing where you need to go.” See also[Pitfall 4] below. 


Pitfall 2: Applying judgment to the forecast itself 


Often, the reason a utility does not devote sufficient formal study and procedure to 
forecasting (Pitfall 1, above) is that its planners truly believe they “know the answer 
already.” Keen professional judgement has an important role in T&D forecasting, but that 
role does not include direct application of “judgement” to spatial load forecasting. Instead, 
the planners’ experience and judgement should be applied to decisions about what methods 
to use, how to use them, and the interpretation and use of forecast results. Purely 
judgement-based forecasts have substantial disadvantages: 


A judgement-based forecast is seldom accurate. Typically, judgement-based 
forecasts fail in two ways. First, they fail to pick up on nascent trends due to 
interaction with regional and nearby growth forces: they under-forecast the first part 
of the typical “S” curve growth trends in an area. Second, they over-emphasize and 
extend present trends and fail to consider long-term possibilities well. 


Judgement-only is not an acceptable practice. Such forecasts are difficult to 
document and justify, for method and procedure have not been rigorously defined 
and are not traceable. There is no way to verify its performance or results in any 
meaningful way: next year’s judgement might be better or worse than this year’s. 


This does not mean that the planners’ judgement is useless, but the bottom-line on 
judgement-based forecasts is: 


The use of a formal forecast procedure improves the 


value of the planner’s judgement. A formal, documented 
procedure provides leverage for the expert’s judgement. 


Many planners insist that their familiarity with a region, knowledge of local conditions 
and expected future events, and judgement allow them to accurately estimate future 
distribution-level loads without the need for formal forecast methods or further study. 
However, considerable evidence shows that such judgement-based forecasts are less 
accurate than forecasts made by formal algorithms (see 2002). Basically, that fine 
judgement (if it is fine) applied within a well-crafted format forecast method, will 
outperform fine judgement alone. And if that judgement is not fine, but proves faulty, the 
formal method is much more likely to expose inconsistencies and suggest corrections. The 
planners’ judgement should be harnessed to determine what procedure is best, to guide how 
it should be harnessed and fine-tuned, and to oversee how the results should be interpreted 
and used. 


© Examples of each of these three: “After study of resources and needs, I looked at the various 
considerations and picked multiple regression trending as the best compromise among results and 
cost for us.” “After testing and analysis, we selected the cubic equation Ax? + Bx’ + D/x + E for 
curve fitting.” “In these areas of the system we are only going to use the short-term projections, as 
we don’t think the long-term are accurate enough.” 
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Pitfall 3: Letting available data dictate forecasting method 


Many utilities allow perceived problems with data availability restrict the options they 
consider for their spatial forecasting. Data limitations are perhaps the single largest area of 
“Jumping to conclusions” in T&D planning. Often, planners at the utility are not familiar 
with and have not researched alternative data sources and their costs. As a result, they leap 
to conclusions that only the data sources they use in other applications are available for their 
forecasting needs. Algorithms or procedures that require other data are rejected out of hand. 

With very few exceptions, the data required to support any of the forecast methods 
covered in this book, at least to a minimal functional degree (i.e., to get it to work at its 
most basic level), can be obtained at nearly any utility. Cost of data, and performance of 
one method against another, become an issue. 

That type of comparison and selection of the best was covered comprehensively in 
[Chapter 17](section 17.8). But many utilities never reach a comparison of a wide range of 
methods. They assume that only the data they are familiar with and have used in the past 
are available, and they restrict their consideration to the very limited range that allows. In 
actuality, particularly in a world of computerized databases and internet sites, data 
availability is seldom an absolute barrier, and often not a cost concern, if the planners are 
innovative and work to get it. Generally, project teams grossly underestimate the results that 
can be obtained with a little effort and time. 


Pitfall 4: Putting too much emphasis on forecast method (falling in love 
with the algorithm and process) 


A small minority of planners “fall in love” with their forecast technique and make 
algorithm and data their fixation, completely losing perspective on why the forecast is 
being done and the level of effort and attention it warrants. Planners in this category are 
“playing,” not “working,” something the author has often referred to as “sandboxing.” 
They obsess on the complexity and detail in their algorithm and its database and devote 
all their resources to constant improvement, regardless of whether it yields any benefit to 
the planning process: computations that are linearized today should be made non-linear 
tomorrow; data on customers should always be broken out into more categories and sub- 
categories, resolution can never be high enough, etc. This usually manifests itself in the 
“perfect promise” syndrome to the rest of the Planning department: “there is no forecast 
available today but in a few months there will be a better one than you could ever 
imagine.” 

As stated earlier, the spatial load forecast is a first step to T&D planning and it must 
be kept in that perspective. Methodology and algorithm are important. Good, accurate, 
and timely data are important, too. But attention to these important items can be 
overdone. Forecasting T&D loads is seldom if ever about creating and maintaining the 
most advanced forecast method and database possible. Beyond a certain level, additional 
spatial and temporal resolution, and even additional accuracy in prediction, are of little 
value to the quality of the ultimate T&D plan. 


Pitfall 5: Blindly importing load forecast data from another utility 


Some very embarrassing forecasting mistakes have occurred because a utility imports 
customer, end-use, or growth behavior data from another utility without verifying that it 
is applicable to its situation. One famous case involved a utility in New England that 
imported level end-use data from a number of other utilities for its appliance-level spatial 
load forecasting/DSM prediction program (see “Enthusiasm Bias” in Chapter jel 
29.3). Regardless, there is nothing wrong and a good deal right with a utility’s looking at 
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data from other systems or using it after careful consideration and study shows that it is 
applicable. However, the following categories of forecast-related data need to be treated 
carefully before importation and use for another utility service territory: 


Customer preference or usage patterns — consumers in one region may have far 
different value systems and respond quite differently to changes in weather, 
economy, or electricity prices than consumers in another utility. Imported 
“marketing data” from another utility needs to be handled with extreme care and 
attention to real cultural and demographic similarity between the two customer 
bases. 


Appliance demand and energy usage characteristics — the same appliances (water 
heater, air conditioner, dishwasher) can have noticeably different electrical 
demand characteristics in two different utility areas. This problem is not specific to 
just the end-use level. Even hourly load curve shapes for entire classes (e.g., 
residential and commercial retail) differ remarkably among utilities that might be 
considered part of the same region. 


Spatial land-use or consumer class preference patterns. Utilities that select 
simulation-based forecast approaches often use “standard coefficients” for the 
spatial factors and preference function calculations. While such generic values 


often work well enough in most applications (see|Chapter 21) planners should 
check these values to make certain they are valid for their system. 


Growth behavior dynamics. Growth behavior dynamics -- the significance and 
behavior of load growth trends — is qualitatively similar in nearly all utility 
systems. The general characteristics identified as “S” curve behavior 
are seen everywhere, but small area ramp rates, periods, and _ transition 
characteristics vary regionally (and over time). Generally, between six and seven 
years of historical data, and one or two horizon year estimates, works best for 
trending historical data. And usually a cubic or cubic logarithmic polynomial 
proves the best equation to use for curve-fitting, but what works best needs to be 
checked by study of historical data (Chapter 9}. In most cases, multiple regression 
rather than stepwise regression gives slightly better results. 


While there may be broad similarities among data and characteristics among the import 
from and import to utilities, specifics can vary from utility to utility, even among 
neighboring utilities, too. As often as not, these differences are due to subtle inconsistencies 
in definitions, data gathering, and procedures among the utilities as much as to actual 
differences in load growth characteristics. Regardless of the reasons, what works best in 
one utility may not work nearly as well for its neighbor. 


Pitfall 6: Using different weather criteria for normal and emergency cases 


A few utilities set different “weather adjustment targets” for normal and contingency 
planning. Planning for “normal” conditions will be based on extreme weather (say one- 
in-ten-year), but analysis of N - 1 capability of the system and other emergency 
evaluations is done using loads that have been adjusted to average weather conditions. 
The rationale behind this approach is that extreme weather is relatively infrequent and 
contingencies are infrequent, and the simultaneous occurrence of both is extremely rare. 
Thus contingency planning should be aimed at average rather than peak expected loads. 
The first flaw in this reasoning is that the contingency planning approach is not a 
probabilistic method so it is not really proper to apply probabilistic reasoning to it: in any 
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large power system there are enough contingencies that can occur that some will occur at 
or near peak conditions. Second, the difference between normal and extreme weather can 
be so large on some systems (12% is not uncommon) that it results in contingency 
planning that is meaningless — the loads used for “contingency planning” are not 
sufficient to stress the system in any meaningful way. 


Pitfall 7: Removing unexplained anomalies from input data 


Trends or patterns in data are not errors just because they cannot be explained or the 
planners do not understand them. If the data are checked and are accurate, then it should 
remain unaltered, even if there is a puzzling trend or pattern which cannot be explained. 

For example, per capita electric usage in an area of the system might be slowly 
declining, despite a system-wide trend of increasing usage. The fact that the planners can 
find no explanation for or correlation to this trend from within the other available data 
they have does not mean the trend is not real and should not be used as appropriate in the 
forecast process. There are a number of reasons why this local trend might be occurring. 
While it would be best if the planners did understand its basis, the fact that they do not 
does not make these data any less real or less applicable to their study: this trend should 
be retained in the data and used in the forecast. 


Pitfall 8: Using a magnitudinal rather than spatial perspective 


Spatial forecasting is very much about where load and growth and change occur. This 
locational dimension and its application mean that T&D forecasting is quite different from 
the traditional “magnitude versus time’ with which engineers and economists have 
experience and training. Many intuitive concepts no longer apply. It can be difficult, and 
take time, to become comfortable with the spatial aspect of T&D planning, and forecasting. 
A good test is whether the planners think of error in terms of location, as much as in terms 
of magnitude (see Chapter 8 in 2002). Many mistakes in application and many 
failures to see “obvious” errors or omissions in T&D forecasts stem from the planners’ 
unwillingness to adopt a truly spatial perspective, to consider that they can get all parts of a 
forecast and plan correct except the “where.” Building the correct new facilities but in the 
wrong location creates a double error ~ it wastes the money for the new facilities, and 
leaves the new load growth (that created the need for the facilities) still unserved by 
adequate facilities. 


27.5 CONCLUSION AND SUMMARY 


A T&D plan developed without an explicit load forecast as its first step is using an 
“informal” forecast, and is probably headed for trouble both because load growth and future 
needs have not been well studied and because the basis for the plan’s justification has not 
been formally addressed and documented. Every utility should have a formal load forecast 
procedure, a methodology that is fully documented, required to be used in all cases, and 
always applied and documented in a consistent manner. Sound methodology and accuracy 
are quite important, but both mean nothing if forecasts are not carried out in a consistent 
manner and the entire process documented well for possible later justification purposes. 
Historical load data used for analysis of growth trends, as well as forecasts, should be 
weather corrected to a standard weather design criterion, or conditions. This establishes a 
constant base line for load analysis at a “weather severity level” formally identified as the 
proper target for utility planning {Table 27.9|summarizes key points from this chapter. 
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Figure 27.9 One-Page Summary of Chapter 27 


Forecasting is an unavoidable planning step. T&D planners who plan without 
an explicit, formally defined load forecast are still using a forecast, just one that is 
poorly defined and perhaps not even explicitly articulated. Such “loose” forecasts 
usually ruin the overall plan. 


Consistency of use and good documentation of method and each application 
are the most important elements of good T&D load forecasting. 


Forecast algorithm and accuracy are far less important than if and how the 
forecast method is used in a well-applied, consistent, and effective procedure 
within the utility’s planning process. 


Weather normalization of historical load data used in growth analysis as well as 
load forecasts is a highly recommended practice. It increases the likelihood that 
trends and patterns in load growth due to weather are identified as such, and that 
trends and patterns due to other causes (customer growth, changes in usage 
habits) are correctly tied to those causes. 


A jackknife function or plot of non-weather-corrected historical peak load data 
is often a good way to identify relationships between weather and load. 


Micro-climates, portions of the service territory with noticeably different 
weather patterns and hence different electric load behavior, are an important 
aspect of load analysis and forecasting. 


Use of a formal weather design criterion — a definition of and justification for 
the extreme weather to which load forecasts are weather normalized and hence to 
which the system is designed — is a highly recommended practice. 


There are three basic approaches to determining the standard weather 
conditions to which the system will be designed: arbitrary determination, “never 
again” criteria, and reliability- or risk-based. The latter is recommended but use of 
some method along with its documentation is strongly recommended. 


A number of criteria are important in selection of a forecast method. 
Technical aspects such as spatial and temporal resolution, accuracy, and scenario 
representation capability are important, but documentation, communicability and 
credibility, and “fit” to the utility’s planning procedures, resources, and IT 
infrastructure are vitally important, too. 


A forecast method and forecasting resources should be judged based on their 
contribution to the overall planning effort and the quality of its results. A forecast 
is not an end in itself. It is the first step in a process that creates and manages the 
T&D plan, and its value should be judged by how it contributes to that end result. 


Rigorous documentation is an absolute requirement in any good forecasting 
method. 


Coordination of T&D forecast with corporate (rate and revenue) forecast is 
vital. This is not to say that the T&D forecast must use the same system totals and 
growth rates as the corporate forecast. Rather, it should have its basis from that, 
but by accounting for coincidence of load, different adjustments for extreme 
weather, and other needed aspects of T&D planning may achieve different values. 
The important point is that, regardless of these adjustments, it is still consistent 
with the corporate forecast — all planning at the utility is “of a piece.” 


Multi-scenario planning, not just multi-scenario forecasting, is the best way to 
address uncertainties about major shifts or changes in future load growth. 
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Balancing Reliability 
and Spending 


28.1 INTRODUCTION 


This is one of several chapters that address reliability of power delivery and reliability- 
based planning and engineering. |Chapter 2} discussed what “reliability” means to 
consumers, and how much it is worth to them. Basic reliability concepts and definitions 
were covered in while focusing mainly on prioritization, 
demonstrated in considerable detail how reliability measures can be melded into planning 
evaluations, how reliability is made a priority in planning evaluation formulae, and how a 
utility can structure its planning processes so it will naturally focus on maintaining 
reliability at certain target levels. Equipment utilization and care, condition, expected 
lifetime and end-of-life failure, and how that contributes to reliability problems in a power 


system was discussed peace and|8| The interaction that feeder design, configuration, 
and switching have and how that enables or limits reliability of service was discussed in 
discussed both the traditional margin and contingency analysis 
method and more modern reliability analysis methods of engineering power systems, and 
their strengths and weaknesses with respect to achieving reliability of design. 

This particular chapter is somewhat of a “hub” for all those other discussions. It deals 
with performing reliability-based power distribution planning, presenting the concepts and 
overall procedures that planners can use to develop reliable, low-cost system designs. The 
discussion begins in this introduction with observations on reliability, its importance, and 
what makes it challenging to manage in a power system plan. Section 28.2 presents some 
fundamental concepts behind reliability planning and optimization. Section 28.3 goes over 
the use of marginal benefit/cost analysis and inter- and intra-level reliability matrices in the 
application of reliability-based planning tools. Section 28.4 presents a practical and simple 
way of “bootstrapping” cost-effective reliability improvement at a utility, while section 28.5 
summarizes the requirements for good reliability planning tools. Section 28.6 discusses 
equitableness of results, and section 28.7 reviews overall approaches to reliability planning. 


1055 


Copyright © 2004 by Marcel Dekker, Inc. 


1056 Chapter 28 


Section 28.8 explains asset management, a complete business-driven context for combined 
reliability and financial performance management quite consistent with this chapter’s 
theme. Finally, section 28.9 summaries the key points to good reliability planning. 


Reliability: A “New” Dimension in Power Engineering’ 


Good reliability of power delivery has always been a priority for electric utilities and power 
system planners and engineers. But traditionally, throughout most of the electric century 
(1890 to 1990), reliability was addressed implicitly. During this period, everyone involved 
understood that service reliability was important, but it was not numerically tracked or 
explicitly engineered and managed. Utilities did not gather or maintain detailed records on 
operating reliability. They did not use or track numerical reliability measures like SAIDI or 
SAIFI. They did not apply reliability-based engineering or maintenance concepts. Yet 
throughout this period utilities still strove to provide reliable service. They did so by 
engineering their systems to high standards, by following sound, proven practices in the 
operation of their systems, and by depending upon the conscientious attention and skill of 
their workforces. Customer service reliability was something, like honesty or integrity (a 
word sometimes used with reliability connotations), that everyone knew was important, that 
people strove to achieve, but that was not measured, targeted, or managed in a direct sense. 

That situation changed gradually in the final quarter of the 20" century. Opinions differ 
as to why. Without a doubt the advent of digital equipment and its (now) widespread use 
was an important driver. But a lot of modern digital equipment (including the laptop 
computer the author is using at this moment as a word processor) have built-in protection 
against voltage sags and brief power interruptions, and industrial equipment that doesn’t 
can be fitted with such protection at reasonable cost. The growing use of digital equipment 
alone cannot come close to explaining the increasing emphasis put on power reliability. 

An example will make the point. A day before this was written, the power delivery at 
the author’s workplace was interrupted for forty-eight minutes. Some minor digital 
equipment may have been put out of action (the author’s digital desk radio “forgot” its 
programming), but the telephone system, the corporate computer network, the building 
control system, and the author’s office computer (another laptop) continued to operate on 
their backup systems. But large inconvenience was caused by the inoperability of the 
motorized access barriers to the parking garage, by the elevators not working, and by a lack 
of internal building lighting. All of these are analog (non-digital) equipment, but 
nonetheless “essential” items. 

Simply put, electric reliability is important because society and individuals have come to 
depend on electric power for some part of just about every activity in their daily lives: 
people can’t work and society can’t function without it. Beyond that, our culture seems to 
expect continuing progress from every technology. New automobiles are expected to run 
smoother, require less service, and have better fuel economy than their predecessors. 
Computers are expected to grow faster, be more capable, and have more features. And 
because the only two metrics that most people really notice about power are its reliability 
and its cost, people expect continual improvement in one or both, too.’ 


' This is a summary of a more comprehensive discussion in|Chapter 21|, section 21.1. 


? Even non-engineers understand that there are qualities like voltage and current associated with 
electricity that also can be measured. But somehow people think of that as “the electricity” itself and 
realize voltage doesn’t need to be improved, a fact power engineers certainly appreciate. The truth of 
the matter is that the only two times people really notice electricity is when they pay for it and when 
it ceases to be available. 
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Finally, a reason reliability is becoming an explicitly measured and managed quantity is 
simply that it has become possible to do so. Up until the 1980s it was not practical for most 
utilities to economically gather, collate, and report reliability operating statistics. During 
most of the “electric century” modern reliability engineering methods, even if they had 
been developed, could not have been applied, because the required data gathering, collating 
and reporting technologies were not available. Modern computers, data communications 
systems, and office infrastructures (photocopiers, e-mail, PCs) have made all of that 
straightforward. In addition, the work of innovators like Billinton, Patton, and Brown in 
developing sound reliability-analysis methods has provided a means to use that data. Driven 
by these all capabilities, an expectation grew that reliability would be “managed.” 

Regardless of why, today electric reliability is an important factor to most energy 
consumers and to regulators. Utilities are expected to monitor, measure, and report it in a 
very explicit, numerical way and to anticipate deficiencies and to proactively work to keep 
it at satisfactory levels, all while keeping cost low — in other words, to manage reliability to 
specific target levels. 


Reliability Is Easy to Arrange If Low Cost Is Not an Important Factor 


Achieving high reliability of power delivery in a transmission and distribution system is 
actually quite easy. One simply provides substantial capacity margins everywhere in the 
system, arranges the configuration so it has two or more electrical pathways to every point, 
and operates in a network configuration so that outages, if they occur, do not interrupt 
service. If network operation is not possible, one can install rapid switching capability to 
minimize the time of interruption due to equipment outages. 

The only downside to this approach is its high cost. A large capacity margin is “extra 
capacity” that may be called upon for only a handful of hours during a 40-year equipment 
lifetime — perhaps not an effective use of the money that paid for that margin. Two or more 
power flow paths cost more than one. Network operation increases complexity of design 
and requires additional equipment and operational considerations, further driving up cost. 
Rapid switching capability means either substantial field crew availability (traditional 
approach) or extensive automation (modern), and either approach carries its own price tag. 
Thus, reliability is “easy” to achieve if cost is no object. The real challenge with reliability 
is to improve the performance-to-cost ratio, to get more “bang for the buck.” 


Maximizing “Bang for the Buck” 


Reliability planning of a power distribution system generally focuses on achieving one of 
two goals: 


The utility wants to achieve a certain target reliability level at the lowest possible cost. 


The utility wants to achieve the best reliability possible within a certain target budget. 


These are effectively the same goal. All that differs between them is which of the two 
factors involved — reliability or dollars — is the attribute of the optimization process, leaving 
the other as a criterion or target (constraint). But both are called “reliability optimization:” 
in both cases the utility planner wants to maximize the reliability gained per dollar spent. 

The word optimization implies the use of a rigorous and formal mathematical or logical 
process to achieve a truly “un-improveable” result. Often, due to the complexities involved 
or the limitations of data, tools, and schedules, planners must use approximate procedures 
which are not, strictly speaking, as rigorous or comprehensive as true optimization. But the 
intent of these methods, though approximate, is to “optimize” — to get “as close as possible” 
to true optimum performance. 
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The focus of this chapter is mostly on capital expansion planning because capital 
spending and prioritization is the domain of the power delivery planner. But many of the 
concepts covered here, and some of the examples given, apply to determining how to 
allocate the resources, time, and money of the O&M resources of a utility in order to 
minimize the cost of good customer service quality. (When this type of prioritization is used 
in an integrated manner for both capital and O&M spending, it is often called “Asset 
Management.”) Regardless, for both capital and O&M, planners need to keep in mind the 
“meaning” of reliability as discussed in[Chapter 4 


Reliability is the ability of the power delivery system to 
make continuously available a sufficient voltage, of 
satisfactory quality, to meet the consumers’ needs. 


The point, as covered in Chapters 4, Rol and 23} is that reliability must be measured and 
managed on a customer basis. Planners are responsible for their utility’s delivery (T&D) 
system, and they perform their work by evaluating various equipment and system options. 
But the metrics and evaluation results that apply to that equipment and that system do not 
address their goal. For that, measures of reliability as seen by the customer are fundamental. 


28.2 THE FUNDAMENTAL CONCEPTS 
Non-Linearity of Reliability Versus Cost Relationships 


It takes money to provide good reliability. It takes more money ~ usually much more 
money — to make good reliability great. At any level and at any place in a power system, 
incremental improvements in reliability cost increasing amounts of money, as illustrated in 
Thus, in a power system with a SAIDI of 120 minutes, “buying” 20 minutes in 
order to drop SAIDI to 100 minutes might cost the utility $70 million a year. Another $70 
million, even if optimized to bring the most bang for the buck, will not gain another 20- 
minute improvement. The utility might find it will get only 10 minutes for that additional 
spending, or even less. 


The marginal cost of reliability as a function of reliability 


One can explain the relationship shown in Figure 28.1 in several ways. One way is to 
observe that increasing levels of reliability simply appear to be more difficult to obtain and 
thus cost more. Higher reliability requires greater levels of redundancy, fewer things left to 
“chance,” more constant monitoring, and better and faster coordination and switching. All 
of that costs more money, and cost rapidly rises as reliability targets are increased. This 
logic tends to make sense, and many people accept this as a valid perspective. 

But the main reason that the cost of reliability is generally “exponentially increasing” 
with improved reliability is, in some sense, a purely practical one: 


Given the ability to perform the required 
evaluation so they know, planners will always 
buy the most cost-effective improvements first. 


Given that they know how effective various measures will be, and what each will cost, 
utility planners and managers will obviously select the most cost-effective measures first. 
To use a colloquial expression, they will “pick the low-hanging fruit” and leave the more 
expensive sources of reliability until later. Thus, assuming sound evaluation and selection, 
those measures selected first are always less expensive, on a bang for the buck basis, than 
those left for later. Thus cost rises as targeted reliability increases. 
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Figure 28.1 In all but very rare circumstances, the relationship between reliability and cost shows a 
constantly decreasing benefit to cost ratio as reliability is improved: additional increments of 
reliability improvement become more and more expensive. 


Table 28.1] provides an actual example, a list of ten “avenues of reliability 
improvement” that a utility in the central United States determined it could pursue in its 


quest to drive its SAIDI of 120 minutes down to 80 minutes. None of these programs is 
identified as to its actual] technical or application approach (e.g., whether it involves 
additional tree-trimming, or inspection and replacement of key equipment as it ages, etc.) 
because those details are irrelevant to this discussion. The point 1s not individual programs, 
but how a utility manages a group of programs it could perform. Thus, each is listed only 
with an alphabetical “name” - A, B, and so on — but showing its annual cost of 
implementation and its estimated impact on reducing annual SAIDI minutes. 

The two rightmost columns in Table 28.1 give cumulative cost and the resulting SAIDI, 
assuming the utility implemented these programs in the order shown, A first, B second, etc. 
If the utility makes no improvement, it spends nothing but still has a SAIDI of 120 minutes. 
If it implements program A, it spends $5 million and reduces SAIDI to 117 minutes. If it 
implements A and B, it spends a total of $8 million and has a SAIDI of 110 minutes. A,B, 
and C cost $16 million and drive SAIDI to 108 minutes, and so forth. 

“Mining” its reliability opportunities in the order listed, the utility will need to 
implement programs A through F to reach 80 minutes of SAIDI per year, and those 
programs will cost a total of $43 million annually. However, if it evaluates these programs 
on the basis of “bang for the buck” ~ cost per minute of improvement gained — and buys the 
most cost-effective program first and the least-effective program last, it can improve its 
results dramatically, as shown in[Table 28.2, Evaluated and sorted by cost effectiveness, the 
programs reveal a difference of ten-to-one in cost effectiveness: note that program H costs 
only $400,000 per minute gained, while program C costs $4 million/minute. By buying its 
reliability improvements in this most effective fashion, the utility can reach 76 minutes of 
SAIDI, 10% more improvement than it targeted, for only $22 million annually, cutting its 
cost of achieving its target nearly in half. The ten-to-one difference in bang for 
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Table 28.1 Hypothetical Reliability Program Costs and Benefits 


Reliability Annual Cost SAITDI Cumul. Cost Total SAIDI 
Nothing 0 0 0 120 
A 5 3 5 117 
B 3 7 8 110 
. 8 2 16 108 
D 6 1.8 22 106 
E 2 i 24 105 
F 19 25.2 43 80 
G 5 4 48 76 
H fs 16.6 55 59 
i 4 6 59 53 
J 12 20 71 33 


Table 28.2 Optimal Order of Reliability Programs Based on iB/C 
Reliability Annual Cost SAIDI B/C Ratio Cumul. Cost Total SAIDI 
Program $x million Minutes Mil.-$/Min. $x millions | Minutes 


Nothing 0 0 - 0 120 
H 7 16.6 0.4 7 103 
B 3 6.4 0.5 10 96 
J 12 20 0.6 De 76 
] 4 6 0.7 26 70 
F 19 252 0.8 45 45 
G 5 4 1.3 50 4} 
A 5 3 1.7 55 38 
E 2 1 2.0 57 37 
D 6 1.8 3.3 63 35 
Cc 8 2 4.0 71 33 
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Figure 28.2 The original plan for the utility, buying the reliability improvement programs in the order 
listed in Table 28.1 (thin line) and the plan as shown in Table 28.2, with them ordered by greatest 
“bang for the buck” (thicker line). The utility can get to its target SAIDI of 80 minutes for only $22 
million instead of $43 million by buying on the basis of maximum bang for the buck. 
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the buck shown is dramatic but not rare. Differences of six-to-one are common. This 
example makes is clear why explicit reliability analysis and “optimized”’ reliability 
programs have made such dramatic improvements in the traditional reliability/cost 
performance at some utilities. 

[Figure 28.2]shows cumulative cost versus total SAIDI for and|28.2. The 
shape of the “optimized” curve displays the general characteristic shown in|Figure 28.1 jof 
decreasing marginal benefit as cost is increased. This is a characteristic of the optimization 
— actually of any attempt to prioritize and select options on the basis of “bang for the buck” 
— for anything. As the figure also shows, when ordered in some other manner (as in Table 
28.1), an exponentially decreasing cost with increasing reliability is not necessarily the case. 


Why Would a Utility “Buy” Reliability in a Non-Optimal Manner? 


Mostly, because it doesn’t know that it is. There are always certain situations where 
political or other considerations motivate a utility to spend in a “non-optimal’ manner from 
a distinctly technical standpoint. A utility may decide to maintain a district office (service 
representatives, warehouse, line crew center) in a small rural] town even though analysis 
shows that equivalent service quality could be provided by aggregating resources to a 
central location forty miles away. Keeping a presence in the small town was deemed 
necessary for community relations. 

But for the most part, non-optimality in spending on reliability occurs because there are 
no facts or methods with which to evaluate or improve reliability/dollar ratios. While it may 
seem incomprehensible that an operating electric utility could function profitably and under 
regulatory oversight while cost-effectiveness advantages of up to six to one remained 
undetected, this was in fact the case in numerous past instances. The reasons were: 


1) Methods and expectations were established prior to the computer era. Many of 
the operational procedures and concepts in use by electric utilities at the end of 
the 20" century were developed prior to the period of any computerization. 
(Modern planners should take a moment to consider the difficulties that they 
would face in managing a utility in an era when records were archived in card- 
indexes, when photocopiers did not exist, and when the most advanced 
computational aid was a slide rule and a book of logarithmic tables.) 

In that “pre-computer” environment, utilities institutionalized procedures 
and habits that “got the job done.” Reliability was not optimized with respect to 
cost, targets, or heterogeneity of service quality. In fact, utilities did not even 
collect and report quantitative reliability data, such as SAIFI and SAIDI, on a 
routine system basis until the final quarter of the 20" century. 

But in spite of these handicaps, sufficient performance was attained by 
traditional electric utilities to satisfy both customers and regulators. They used 
rigorous standards-based planning and operating criteria, and evolved a set of 
proven operating practices based on (sometimes bitter) experience. This 
traditional paradigm was not optimally cost-effective, but it got the job done, 
and even late into the 20" century there were no tools to do it differently. 


2) Utilities were vertically integrated. “Delivery” as a function was not examined 
from a business-case perspective in the sharp focus that modern delivery 


3 In a commendable bit of frankness which showed a will to avoid institutional self-deception, one 
utility the author helped evaluate a decision like this accounted the marginal expense of keeping the 
center open to the appropriate “PR” columns in its books and not to “reliability.” 
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companies find themselves in after de-regulation and disaggregation. Mixed in 
with the power production-to-retail-sales chain of a traditional “vertical” utility, 
issues related to delivery reliability and cost effectiveness tended to become 
blurred and overshadowed. De-regulation of the power production and 
wholesale grid has put electric power delivery under much more scrutiny. 


3) Reliability functionality is difficult to isolate. Most of the measures that a utility 
would take to improve reliability interact with or influence other aspects of 
performance to the extent that it is difficult to determine value and cost of 
reliability. Certainly it was impossible to do so prior to the era of powerful 
computer data mining and analysis. For example, using larger conductor on 
feeder trunks adds capacity margin for emergency switching (contingency 
operation), an obvious reliability advantage. But it also improves voltage drop, 
reduces losses, and increases future planning flexibility, potential benefits that 
blur its reliability impact into a “do it on general principles” concept. 


Thus, while focused attention to detail and keen insight can provide good qualitative 
results, and gain about one-third to one-half of the advantage possible with quantitative 
analysis, traditional utilities could not and did not go far down the road of optimizing 
reliability. By the final quarter of the 20" century, all had deeply institutionalized 
procedures and cultural attitudes that got the job done. Existing “non-optimal’ spending 
patterns had been absorbed into rate bases and were accepted as the norm by 
all stakeholders. 

Modern managers and planners with access to improved tools should not be too 
judgmental of traditional utilities or the methods traditional planners used: they got the job 
done with the tools they had. Critics should reserve their disapproval for those modern 
utilities that refuse to change now that they do have better tools and data. 


Situations when a utility must buy reliability 
on some basis other than cost-effectiveness 


There are occasionally circumstances where a utility may not buy reliability on the basis of 
cost effectiveness alone. For example, perhaps program H, while the most cost-effective in 
also has a long lead time — it would take 3 years before improvements would be 
seen. By contrast, program J, although 50% less effective in terms of bang for the buck, will 
make improvements within six months. A utility in need of quick results might decide to 
implement J as quickly as possible while preparing H for the long run. 

Of course, it is possible to take into account such details of different timing with respect 
to cost and benefit by making the analysis multi-year and looking at the present value of 
both benefits and costs. Techniques to do this were covered in|Chapters 5]and[6| Present 
worth or similar time-value analysis of benefits and costs can assess relative value of 
benefit versus cost for a program when leads and lags in expenses and results are 
considered. 

However, use of time-value-of-money concepts does not change the overall concept of 
marginal benefit/cost analysis discussed here. One merely has to determine the benefit 
(reliability improvement) using a standardized method. Then one has to determine the cost, 
again using a standardized method. The ratio provides the figure of merit for the program or 
project. If both are evaluated over time, taking into account the timing of both spending and 
results, then the benefit/cost ratio is still a valid way of assessing one against other possible 
avenues of activity (assuming they, too, have been assessed in a similar manner). 
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28.3 OPTIMIZING RELIABILITY COST EFFECTIVENESS 


This is the first of five sections on the basic process of optimizing reliability. This section 
presents the concepts upon which reliability optimization rests in as easy-to-understand and 
accessible an explanation as the author can provide. Subsequent sections will then build 
upon this with a more technical discussion, and an example utility case study examined in 
detail. Readers with experience or who believe that they do not need a “layman’s 
explanation” can skip this section. However, emphasis here is not merely on simple 
explanation of each concept, but on how those concepts interrelate. This is important and 
must be understood to truly master reliability-based planning. 
“Optimizing” Reliability 
“To optimize” with respect to power system reliability can have a variety of specific 
meanings depending on the individual situation of the planner. However, almost always, it 
implies obtaining the most reliability (whatever the exact metric) for a given amount of 
money, or spending the least possible to obtain a specific reliability target. As discussed 
earlier, these two goals are in effect identical. Details may, and usually do, differ from 
situation to situation. And there are often complexities. For example, it is common that in 
addition to maximizing “bang for the buck” in its reliability spending, a utility must also 
make certain no group of customers sees much-worse-than-average reliability. 

This discussion focuses on capital additions — the domain of the T&D planner. 
However, the concepts and methods covered here and in the rest of this chapter apply 
equally well for decisions about O&M and operational priorities. 


A Procedure Based on Comparison and Prioritization 


The mechanism upon which optimization works is one of comparison. Somewhere, no 
matter how the process for reliability improvement is set up within the utility, no matter 
what tools are used for analysis and evaluation, there must be a comparison of one project 
or program or opportunity against others, with the more cost-effective items rising to the 
top of the utility’s priority list and the less effective sinking to the bottom. 


Four Cornerstones to Reliability Planning 


There are four interrelated concepts which form the cornerstones of optimized reliability- 
based planning. Each is important, as is the way each interrelates with at least some of the 
other three. These four concepts are: 


1. Benefit/cost analysis ~— basing evaluation, prioritization and decision-making 
and management processes upon comparison of possible projects and 
programs, evaluated on the basis of merit ~ bang for the buck, as discussed in 
section 28.2. 


2. Incremental-measure benefit-cost analysis — accepting and using the fact that 
many times half-measures deliver more than half results, and that therefore 
buying less than an entire program — “cherry picking” among sites or 
equipment to work on only those that will return a great “bang” for the effort ~ 
sometimes vastly improves the cost-effectiveness of money that is spent. 


3. Systems approach — realizing that reliability as seen by the consumer depends 
on the entire power system chain, and that therefore this entire chain must be 
evaluated and prioritized in order to “buy” consumer reliability as cost- 
effectively as possible. 
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4. Distributed reliability — taking note of and using the fact that reliability in a 
T&D system is distributed — that one part provides contingency support to 
another and that the whole can be more reliable than any of its parts. 


Concept 1: Benefit/Cost Analysis 


The general “bang for the buck” concept outlined in section 28.2, which calls for evaluation 
of alternatives and their prioritization on the basis of cost-effectiveness, is the basis for 
“optimizing” reliability in almost all situations. Procedural details are covered in{ Chapter] 
6’s|discussion of evaluation methods (section 6.5), and process and organizational details in 
discussion of implementation, as well as here. Suitably applied, this approach 
can be used whether one is planning system configuration, selecting equipment, setting 
O&M priorities, or making operating decisions in real time. It works well, but like anything 
else has its limitations and characteristics which the user must understand. This discussion 
will focus only on its application to planning. Concepts related to operations are covered 
somewhat in Willis, Welch and Schreiber (2000). 

A key point is that the results that will be obtained depend a great deal on the exact 
definitions of both the denominator and numerator. The benefit, or “bang,” that the utility 
wants to buy must correspond to its actual strategy for its reliability performance, and to the 
tactics it has decided to apply.* 

Regardless of those details, invariably a real focus on reliability means a customer-based 
reliability perspective. Thus, SAIDI, SAIFI, MAIFI, EEAR, or some other index of service 
performance that is evaluated against customer service quality is essential as part of the 
measure of benefit. Almost always, a complicating factor for planners is that more than one 
index is required: few utilities focus only on SAIDI or only on SAIFI. Usually, both are 
important, and, more complicated still, maintaining rather equivalent service quality 
throughout the system is a priority, too. This means it is not enough to merely drive down 
SAIDI and/or SAIFI on a system-wide basis, but that attention must be paid to keeping it 
“within range” throughout. Chapter 6, equations 6.2 and 6.3, showed how this can be done 
through explicit targeted reliability prioritization, something that will also be discussed later 
in this chapter. 

Likewise, “cost” as used in the benefit/cost analysis may include more than just 
monetary cost in its narrowest sense. As was the case with “benefit,” the point to always 


* Readers having difficulty seeing the difference or seeing the relevance of the terms “strategy” and 
“tactics” may find this example helpful. “Strategy” refers to the utility’s perspective on and 
decisions about what reliability means to it and what it will do about that. Often, reliability means 
exactly what regulators say it means — if PBR rules define reliability, what the utility does about 
reliability may simply be whatever minimizes the expected penalty it will pay for non-compliance. 
But another utility might take a different approach. The author worked with one utility that decided, 
as policy, to let the needs of its large industrial customers drive its reliability perspective. The utility 
believed that reliable and inexpensive industrial power led to more jobs, and that that was good for 
the community, etc. Thus, it made meeting those large-employer needs its top priority. 

“Tactics” refer to the specific targets selected to carry out that strategy, and the mechanisms used 
to achieve them. The utility that focused on industrial reliability did so by providing high-quality 
sub-transmission and primary service to its large industrial customers. That meant keeping sub- 
transmission and primary circuits “clean” of exposure and arranging protection and sectionalization 
in favor of those large customers. This tactical focus implied a host of priorities and guidelines at the 
circuit level. For example, voltage sags were quite important to industrial energy users and thus the 
strategy called for specific design standards and changes in protection schemes (tactics) to minimize 
those on industrial primary circuits. Similarly, spending and criteria in other engineering categories 
was prioritized toward meeting the needs of large industrial customers. 
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keep in mind is that “cost’’ can include all those issues that are important with respect to the 
money, effort, resource, and the risk side of the ledger. . 

Finally, it is worth noting that the accuracy and thoroughness of the evaluation of both 
reliability and cost will have a great deal to do with how effective the program is and how 
satisfied executive management, customers, and stockholders will be with the results. On 
the reliability assessment side, the uniform, standardized use of a mgorous and 
comprehensive computer program is really necessary for best results. The author uses the 
PAD program written by Dr. Richard Brown (Brown, 2002), which seems to be by far both 
the most accurate and comprehensive predictive reliability engine available at this time. 

Methods of “lesser” capability can be used, but planners must be aware of their 
shortcomings and the limitations those will place on their work. It is certainly better to use 
an approximate method than to use no method at all. 


Concept 2: Incremental Measures and Benefit-Cost Analysis 


Sometimes half measures deliver more than half results. By selecting only the most cost- 
effective parts of an activity or program, a utility can increase the effectiveness of its 
spending. The concept of decreasing marginal returns (Figure 28.1) applies not just to 
comparisons of one program to another, but to one opportunity versus another within each 
program. A good example is vegetation management — tree trimming. Usually analysis of 
past results and future needs shows that trimming trees along three-phase feeder trunks and 
branches provides a bigger improvement in reliability per dollar as compared to trimming 
along laterals and less important branches. Therefore, the utility might decide to trim only 
trunks and branches every two years, and trim laterals only every four years, etc. The 
money saved in this manner can then be put to use somewhere else (perhaps in a pole 
replacement program) to greater effect. 

A more capital planning-related example is automation of feeder equipment like 
switches and reclosers. Evaluation of the benefits and costs of automating all feeder line 
switches in a region usually shows that such a program would have a very low benefit/cost 
ratio — often less than 1.0 — indicating that automated switching is not cost effective, period. 
(This is, in fact, why many utilities have not gone down the feeder automation route.) 

But examination of the details of automation always shows that there are a few places in 
the system where automation will provide tremendous “bang for the buck.” Such 
evaluation requires detailed, rigorous reliability assessment using techniques like those 
discussed (Chapter section 6.5 and|Chapter 23] section 23.3. In general, automation of 
a few, carefully selected switches always provides a high payback. illustrates 
the results of such an evaluation for a system where 100% automation is not cost effective 
(giving only a 97¢ return for each dollar spent). However, as shown, automation of about 
1/6 of the switches can provide a considerable payback — with a 2:1 benefit/cost ratio. 

In general, half measures, if interpreted to mean the carefully targeted partial 
implementation of a program, yield far more than half results. This leads to three important 
tactical pointers for planners who are interesting in improving reliability at minimum cost: 


1. Usually, the benefit gained for dollar spent can be enhanced by “cherry 
picking” the most effective portion of a program or plan. 


2. Therefore, most good reltability augmentation plans will use a variety of 
different “reliability solutions,’ each implemented only partially, applied 
where and when it provides particularly effective improvement. 
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Figure 28.3 Benefit/cost analysis for automation of a portion of a distribution system with 682 line 
switches. The switching system’s central control equipment costs $125,000 annually regardless of the 
number of switches automated. Each automated switch has an annualized cost of $2,660, but as the 
top plot shows, benefit varies (annualized savings has been computed for each switch location, and 
varies from a high of $9,215 to a low of zero). 

In the bottom plot, the solid line shows the overall program benefit/cost ratio as a function of the 
number of automated switches, including the $125,000 cost of the central control equipment, and 
assuming the utility automates the most effective switches first. The dotted line in the lower plot 
shows the marginal benefit/cost ratio of each additional switch automated. The first few units 
automated have a marginal benefit/cost ratio of over 3:1, but because their benefit must cover the 
$125,000 fixed cost of the control system as well as their own costs, the program as a whole has a 
benefit/cost ratio of less than 1.0 until at least 25 have been automated. Benefit/cost ratio peaks at 
1.96:1 for 110 units automated (16%). 

In no case would the utility want to consider automating more than 300 switches (44%), since 
beyond that point the marginal payback for each additional unit is less than the cost of automating it, 
even if the benefit/cost ratio for the entire group of automated switches would still be above 1:1. 
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3. Targeting the application of these various reliability improvements well — 
“cherry picking” well — is the key to high levels of cost effectiveness. Planners 
need a dependable way to determine the reliability improvement that a specific 
activity, such as installation of a single automated switch, or the trimming of 
trees along a particular circuit, will make. This is why rigorous “predictive” 


reliability-assessment methods, such as those covered in (Chapter 23, are so 
valuable to reliability improvement. 


Concept 3: The Systems Approach 


[Chapter 17]discussed the “systems approach,” which means considering the entire chain of 
the power system of transmission, substations, feeder, and service level as a whole, rather 
than as discretely separate entities. Rather than optimize transmission, substation, and 
distribution individually, as ts sometimes done, the systems approach calls for designing 
them together, as a whole, so they work well and achieve the lowest overall cost. Generally, 
this means that planners still work to optimize each level, but that additionally they study 
interactions and dependencies among those levels, and set guidelines and design rules for 
each to accommodate and make use of those interactions. It means that the utility as an 
organization must be willing to trade “budget” from one level to another if that nets an 
overall gain in cost effectiveness. 

This approach is sometimes called “holistic” power engineering. Regardless of what it is 
called, the idea is that the power system is a chain that is best considered and planned as a 
single entity. [Figures 1721] and and their accompanying discussion in Chapter 17 
demonstrated quite conclusively the tremendous savings that can be produced in the 
traditional “single Q” perspective by optimizing the power system chain as a whole. The 
same approach works just as effectively when reliability is a consideration, too, and is a 
comerstone of “Two Q” planning. 

The concept of a chain is very appropriate to apply to power system reliability 
engineering, because a broken link — one failure in connectivity between the power grid and 
the customer — can lead to interruptions. [Figure 28.4|illustrates this analogy with a classic 
diagram, one that is trivial as shown but that will be expanded and used as the conceptual 
basis for the inter-and intra-level reliability matrices to be developed in this chapter. 

At its simplest, what the “systems approach” means to the reliability planner is that he or 
she should search for the greatest “bang for the buck” up and down this entire chain, 
“buying” improvement at the level where it costs the least. Many utilities don’t: they 
“optimize” each level of their system separately. The transmission department focuses on 
and decides how to optimize transmission reliability, the substation department does 
likewise with its substations, and the distribution department works on the distribution and 
service levels. That “silo approach” and its converse (the systems approach) will be 


compared in more detail later in this chapter. 

Figure 28.5]shows the results of this systems approach concept as applied to reliability 
planning at one utility. To apply the systems approach to a strategic goal of reducing 
SAIDI, the utility’s executive management put the transmission, substation, and distribution 
departments in friendly competition with one another to provide the biggest bang-for-the- 
buck. Each department developed a number of recommended programs for reliability 
improvement, all based upon the same common set of rules and evaluation formulae (i.e., a 
level playing field). There were several programs from each level of the system that 
yielded benefits far in excess of their projected costs. (Only the top two or three programs 
in each level of the system are shown in Figure 28.5.) 
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Figure 28.4 The power delivery system can be likened to a chain whose links are the various levels 
of the electric system — subtransmission, substation, distribution, and service level. Failure of any one 
link leads to cessation of power flow to the customer, and the annual minutes of outage for any 
customer are very nearly just the sum of the outage minutes of the various Jinks in the chain leading to 
his site. For this reason, a utility should apply the systems approach to reliability improvement 
engineering: buying improvement (reduction in minutes) at whatever level in the chain provides the 
best bargain (most minutes reduction per dollar). 
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Figure 28.5 Analysis of a five-year “reliability augmentation plan” for an electric delivery system in 
New England. The top three programs in each of the four levels of the power system chain are shown. 
(Only two at the service level had benefit/cost ratios above 1.0). Height of each bar indicates its 
benefit/cost ratio, while width gives an idea of relative cost (the thin, leftmost bar represents about $10 
million spent over five years). Budget constraints and a desire to begin with “high-payback” programs 
led executive management to approve only projects with a ratio above 1.75:1 (dotted line), which led 
to approval of the five programs whose bars rise above that target. In this case, distribution received 
the lion’s share of the budget allocation. 


Copyright © 2004 by Marcel Dekker, Inc. 


Balancing Reliability and Spending 1069 


In this particular case, only five programs were approved, all with rather high 
benefit/cost ratios, and the bulk of the money went to distribution. While such an extreme 
result (82% to distribution) is not typical, very often a truly objective “across the chain” 
analysis does focus significant attention on distribution. It is where about two-thirds of 
delivery problems begin and thus where they are often best solved. 

This concept of allocating money where it will do the most good is just common sense. 
What is often missed, or conversely appreciated so much that it stops any action, is that 
although the concept is simple, its implementation is not. Utilities that wish to apply this 
approach face several major hurdles: 


Institutional barriers. Most utilities have institutionalized expectations about how 
budgets are allocated and how much of what pot of money each department will 
receive. As mentioned earlier, traditional spending patterns and priorities were set 
before quantitative reliability analysis was available. An objective, reliability- 
based systems optimization usually disturbs the prevailing status quo. In some 
cases it reveals major changes that should be made in emphasis and spending. 

In the example cited in the utility’s the transmission department 
became quite concerned and very vocal when the bulk of reliability improvement 

- dollars were put into the distribution system. Traditionally, transmission always 

got a large piece, and often the lion’s share, of major system initiatives. There was 
more than a little internal dissension and some rather ugly words before the matter 
was settled.” 

Reliability improvement is invariably a case of “if you do what you always 
did, you will get what you always got.” Utilities that seek big improvements need 
to be prepared to accept some internal stress along with significant change. 


Valid comparison. In addition to the opposition one might expect from a culture 
opposed to change, institutionalized habits, procedures, and expectations create 
barriers to actually doing the work required for systems optimization, even if there 
is a strong will among planners to do the job right. Traditionally, communication 
between the transmission, substation, and distribution departments may have been 
somewhat limited, so that there is often not sufficient common ground to make the 
valid comparisons of the groups’ results. Different methods and bases for analysis, 
and subtly different nomenclature and definitions, make valid comparison a real 
challenge. 

These variations in method create more than just definitional differences that 
have to be transcended. Transmission and distribution engineering often use very 
different concepts for “reliability” and operate with methodology that is basically 
incompatible. To transmission engineers, the word “reliability” usually means 
something closer to “interconnected system security.” Transmission evaluations, 


> Often the people fighting hardest have the most to gain from the change. Figure 28.5 simplifies and 
summarizes a project in which the author had been asked to provide recommendations on budget 
and re-organization. The most contentious point of these recommendations was to completely 
eliminate a “sub-transmission” department that had existed alongside T, S, and D for decades, and to 
merge its functions with distribution. Not surprisingly the Manager of Sub-Transmission 
Engineering fought this move bitterly. Ironically, he was by far the most talented of the various 
managers involved. The subsequent re-organization eliminated his department. He was moved from 
what had been a job with marginal value contribution to one where he could really make a 
difference. Once he was in a job where his capabilities could be utilized, he moved up to Director, 
then Vice President, and finally Senior Vice President, in a span of only six years. 
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failure records, and contingency metrics are usually equipment-based — equipment 
availability metrics such as forced outage rate or availability hours, contingency 
margin, and similar “internal-to-the-utility” measures. By contrast, distribution 
reliability engineering is more often based on tie-switching margins and uses 
customer-based rather than equipment-based measures like SAIDI, etc. Beyond 
this, there are often considerably different ways that transmission projects, most of 
which are large and applied to rights of way owned by the company, and 
distribution projects, most of which are small and applied to public easements, are 
classified, evaluated, and approved. All these differences create a tremendous gulf 
to be bridged before an across-the-chain analysis can reach a common ground. 

On top to these challenges, those departments or planners opposed to any real 
change can use these definitional and functional differences to block progress or to 
protect “their” area of responsibility (level of the system). For this reason, 
reliability optimization initiatives, at least the first time attempted, are best done by 
a special group dedicated to the task and not tied to any group. This is also one 
case where “outside consultants” can make a real difference, if for no other reason 
than that they have an objectivity that comes only from being an outsider. 


Regulatory wall. The regulatory dividing line between “distribution” and 
“transmission” varies a great deal among countries around the world, and 
tremendously from one state to another within the United States. For example, in 
Florida 34.5 kV subtransmission is effectively part of a disaggregated statewide 
transmission system, whereas in Illinois, much of the 138 kV system is 
“distribution” in the sense that it is owned, operated, and planned by the local 
distribution utility. | 

In addition to variations in where the dividing line is, there is also a lot of 
diversity among jurisdictions in what that line means to planners and operators. In 
some regulatory jurisdictions, transmission and distribution must stay at arm’s 
length — they cannot share data, plan jointly, or communicate their intentions 
except through formal and publicly disclosed information and contracts. In other 
regulatory areas, however, limitations are few and it is “business as usual” even if 
T and D are now in “separate” companies. 

Thus, there is a tremendous difference in if and how well this systems concept 
can be applied depending on regulatory jurisdiction. In some areas (Illinois), the 
systems approach can be applied to all portions of the system to which it really 
needs to be extended (high voltage transmission is not part of this delivery- 
reliability design issue). But in others, T and D cannot be jointly planned in a 
direct manner. Distribution planners have to “accept what they get from the 
transmission system and work around it.” Only the substation-distribution-service 
part of the chain can be accommodated. 

However, in some such cases, the distribution utility — the “owner” of the 
customer delivery interface ~ can obtain the same result through an indirect 
means. It can determine its own marginal cost of reliability — what it can “buy 
reliability for” on its own system — and negotiate with the transmission utility for 
additions or performance-based rates consistent with that marginal cost. Thus, if 
the distribution utility finds that it costs $7 to avoid each customer minute of 
interruption, it can negotiate with the transmission utility, paying anything up to 
that if necessary to get improvements or performance-based commitments for 
reliability. 
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Concept 4: Distributed Reliability 


Most utility planners, engineers, operators, and managers know that a single broken link in 
the power system chain does not have to lead to an interruption. A robust power system can 
“switch around” an outage — a broken link — by creating or taking advantage of an alternate 
pathway to keep power flowing to energy consumers. [Figure 28.6 lillustrates this concept 


with a modified version of the chain analogy used in|/Figure 28.4| Examples are: 


Sub-transmission. Alternative (loop, network) pathways into a 
substation, along with appropriate breaker/switching arrangements, can 
make it very unlikely that any one transmission line failure will lead to 
consumer interruptions. 


Substations. Designs with two or more transformers, buses, breakers, 
and so forth at a substation can provide some measure of backup. How 
much and how valuable it is must be determined and engineered on a 
case by case basis. 


Distribution. Primary feeder switching, or the use of loop, interlaced, or 
network primary feeders, can provide an ability to ride through single- 
or multiple-outage events (like damaged poles and storms) with no 
service interruptions. 


Service. Network arrangement of the service level can provide 
immunity from the failure of service circuits or transformers. 


Planners must understand that there are two aspects of these activities, both essential, 
and both in need of their own coordination and balance of cost effectiveness: 


Intra-level reliability engineering. Each level can be engineered against 
outages (failures) of its own equipment. For example, looping 
transmission through a substation provides a measure of backup against 
either one of the two sides of the loop failing. 


Inter-level reliability engineering. Each level can be engineered to 
provide margin and capability to cover outages at other some other 
levels. For example, the right type of service-level network can provide 
immunity from some types of feeder outages. Switching feeder ties can 
restore service when substations partly or completely fail, etc. 


Inter-level reliability engineering is one more reason why the systems approach with its 
consideration of all levels and their interactions can be so important. Even the best attention 
to reliability, if applied only within each level of the system (intra-level), will fail to capture 
all of the possible improvement opportunity that exists within a system. 

[Table 28.3]puts this concept in more quantitative terms with example data from a large 
investor-owned utility system in the northeastern United States. This is a matrix of marginal 
costs for both intra- and inter-level reliability improvements for a 1,700 MVA part of that 
system. The diagonal elements are the cost of reliability improvement within each level of 
the system (intra-level reliability). For example, row three, column three is the marginal 
cost of feeder system reliability: at that moment, given what that utility had already 
implemented and what options it saw to improve reliability of its feeder system, the next 
increment of reliability it would “buy” through feeder system improvements would cost $3 
for every customer minute of improvement gained. By contrast, the best substation intra- 
level improvements (row two, column two) cost $6/customer minute. 
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Figure 28.6 A more apt “chain analogy” for a power system represents it as a set of chains of 
subtransmission, substation, distribution, and service leading to different areas of the system. The 
failure of one link in a chain may not lead to customer interruptions if there are “sideways links” 
which can pick up the loading, as shown. Such capability can be built into a system as needed, if the 
cost is justified based on the need and the improvement the utility will see. 


Table 28.3 Marginal Reliability Costs for a System in the Northeastern 
United States — 2002 
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The matrix’s off-diagonal elements are the cost of making reinforcements to one level of 
the system to “cover,” or restore, power flow interruptions caused by outages in another. 
For example, column three, row two shows the marginal cost of adding feeder capability to 
backup interruptions caused by outages at substations. This approach is often used by 
utilities, bolstering feeder tie capacity and adding switches so that the feeder system can 
transfer load to neighboring substations should the primary substation in an area fail. Here, 
this specific measure is called feeder-level substation outage restoration capability. More 
generally, off-diagonal terms are called “[level of the system being reinforced, level having 
the outage] outage restoration capability.” 

In this particular case, feeder-leve] substation outage restoration capability has an 
evaluated marginal cost effectiveness of $5 per customer minute. It is thus not nearly the 
bargain that feeder-level improvements are, but offers more bang for the buck than some 
other areas in the matrix. 

This matrix was developed using the analytical techniques covered in 
applied to a database of the utility’s T&D system. As used here, the matrix is a triangular 
matrix, with only one “side” of it having non-zero elements. This is because a lower level 
of the system can often be designed to restore interruptions caused by outages in the levels 
above it, but generally not always the other way around. For example it is possible to make 
reinforcements at the feeder level that can cover some outages at the sub-transmission 
system, but usually not the other way around.° 

Based on the data shown in this utility would want to begin investing in 
reliability improvements by spending at the feeder level, aiming at improving feeder 
reliability. This provides the best bargain in terms of improvement/dollar of any of the 
intra- or inter-level options shown — $3 per customer minute improvement versus $5 or 
more for the minimum of any other element of the matrix. 

Note that the table shows that reinforcement of the feeder system so it can “cover” 
(restore or switch around) equipment outages at the substation level costs $5 per customer 
minute avoided (off-diagonal element in row 2, column 3). This is the lowest cost in the 
substation row. Thus, in this case reinforcement of the feeder system is also the best way to 
improve interruption performance of the substation system as seen by energy consumers. 

This result should not be taken to mean that substations are unnecessary or that this 
utility need not invest more in substations. The figures shown are incremental or marginal 
benefit/cost ratios based on the existing system. They show how, starting with the system as 
it is now, the next few million dollars should be spent to maximize reliability improvement. 
The fact that the marginal costs at the transmission and substation level are much higher 
than those at the feeder system can be interpreted to mean that those levels have been 
slightly overbuilt relative to the feeder system, or that it is underbuilt relative to their 
robustness, or both. But what the matrix means to reliability planners at this particular 
utility is simple: currently the feeder system represents the best “bargain” from the 
standpoint of buying reliability improvements. 


© In actuality, there are sometimes reinforcements that can be made at a higher level that enable a 
lower level to restore more completely. For example, sometimes reinforcing substation capacity, or 
installing voltage regulators at the substation, increases the degree to which the feeder system can 
switch around outages of a feeder trunk by switching most of that feeder’s load to another feeder. 
However, beyond obvious and traditional examples like that one, such situations are very rare, 
costly, and will not be dealt with here. 


” See Chapter 23 for a discussion of how this is done and about techniques to evaluate and plan such 
projects. 
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Two types of reliability improvements 


Thus, a key distinction for planners to keep in mind is that there are two types of reliability 
improvements they can seek. The first consists of programs and projects that improve 
reliability where the improvement is made (intra-level). These are usually the obvious 
improvements, and are represented by the diagonal elements in[Table 28.3} They improve 
the actual reliability of a level or a selected facility such as a substation. An example would 
be the “hardening” of a substation (intense inspection and follow up with service and 
replacement as needed on every system and subsystem in the substation). The goal is to 
reduce outage rate itself or improve the availability of the facility as a whole. 

The second type of improvement is inter-level, represented by the off-diagonal terms, 
and consists of projects or programs that improve synergy among levels and promote true 
optimized system operation. This second type of improvement does not reduce outage rate 
per se, but it reduces customer interruption rate. It is an example of why a focus on 
customer service reliability, rather than system- or equipment-related reliability measures, 
(e.g., outage rate) is so vital to obtaining the best possible utility performance. 

The reason the author stresses this is that often planners and particularly engineers close 
to the system focus on only the first category - trying to reduce outage rate. While 
important, often the measures that improve a system’s inter-level tolerance of outages prove 
more cost effective. Planners must look at both types of reliability improvement approaches 
to assure that they are finding the most cost-effective programs. 


Looking at reliability iB/C matrices in more detail 


The analysis of marginal — actually incremental — cost in Table 28.3 used a five million 
dollar budget “granularity.” The table’s cost effectiveness values were determined by 
computing the cost-effectiveness of the next five million dollars spent in any one of the 
sixteen areas of the matrix. Every element in Table 28.3 is the cost effectiveness at the 
current point on a curve of options for its type of investment (e.g., feeder reinforcement to 
cover substation outages, currently $5 per customer minute). Every one of the sixteen 
values in the table is a point on a curve qualitatively like that shown in Figure 28.71 Figure 
28.7 is the curve for feeder reliability improvement options at one utility. 

When this utility spends $5 million on reliability enhancement of the feeder system 
itself (element 3,3, currently $3/customer minute), it will “cherry pick” the most cost- 
effective projects in that area. The marginal cost of the next $5 million that can be spent on 
feeder reinforcement will be higher, as shown in[Table 28.4] That table shows what the 
marginal costs look like at the point after the utility bought that first, most-effective $5 
million worth of projects in feeder reliability improvement. The cost in that category rose to 
$4 per customer minute gained. Despite the increase, this category is still the most cost- 
effective in the table, but further spending (another $5 million or more spent here) will 
result in further increases in the cost-per-minute gained for reliability improvement. 

In this particular case, the utility intended to spend a one-time, five year, “extraordinary 
budget item” of $100 million for reliability improvement of its system, which services 1.3 
million customers. This is about $80 per customer, or $16 per customer per year. If all of 
this money could be spent on improvements that have a $3/customer minute cost (the best 
in Table 28.3) the $100 million budget would “buy” 27 minutes of SAIDI improvement 
($77/customer divided by $3/customer minute = 26.6 minutes). But as discussed above, 
after the utility buys those first feeder reliability improvements, it will see higher marginal 
costs for the next increment of spending on feeder reliability — in this case $4. Thus, total 
reliability gain will be less than 27 minutes. But if it follows this always-buy-the-best- 
incremental-cost policy, it will get as much improvement as is possible for its $100 million. 
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Figure 28.7 Relationship between the feeder level’s contribution to system SAIDI and money spent 
on improvements is developed from analysis of the utility’s system and the money it must spend on a 
continuing basis to maintain or change reliability levels. Currently $5 million spent will reduce SAIDI 
by 1.28 minutes, buying 1.28 minutes x 1.3 million customers = 1.66 million customer minutes of 
improvement, a ratio of $3 per customer minute gained (one can compute this from[Table 28.3). The 
next increment is less effective, however, with a cost of $4/customer minute gained. 


Table 28.4 Marginal Reliability Costs for a System in the Northeastern 
United States ~ 2002, after $5 Million Is Spent on Improving Reliability of 
the Feeder System (bold indicates changed value). Compare to Table 28.3 


Reduction in Service Interruptions 


Investment — Level of System 
Subtrans. Substations Feeders Service 


.  Sub-trans. 
a 
= 
O 
| ; 
= gw Substation 
o 3 
Za i 
D = 
“5 Feeders 
rs) 
> 
a 

Service 


Copyright © 2004 by Marcel Dekker, Inc. 


1076 Chapter 28 


In this example, the feeder category, now at $4, still offers the most bang for the buck, 
so the utility spends yet another $5 million on feeder system reliability improvements. As a 
result, the marginal cost in that category rises to about $5, now on par with the marginal 
cost in the category directly above it: feeder reliability improvements made to reduce the 
impact of substation outages. The utility thus commits the next two $5 million increments 
split between the best it can buy in feeder reliability improvements and feeder substation 
outage restoration capability. As reliability improves with continued spending, those 
elements that are “bought” see their entries in the matrix increase in this manner. Thus, as 
the utility continues to search for reliability bargains, it will continue to buy the most 
effective improvement regardless of category, gradually mining the cost-effective 
improvements and pushing up the marginal costs for the remaining improvements available 
to it, until the matrix looks like Table 28.5. The relative values in the matrix have changed 
significantly by the time the spending reaches $100 million, as shown. 

If this type of approach is followed, and the matrix is followed religiously with respect 
to spending priorities and it is “recomputed” as each increment is spent, then: 


1. The utility will gain the most improvement possible from spending. 


2. The marginal costs of elements within the matrix will gradually change until 
the marginal costs of improvement in all categories are equal, or .. . 


3. The utility reaches either its reliability improvement target or its budget limit. 


Table 28.5 shows the matrix at the end of the process of gradually “mining” the most 
cost effective improvements possible. The utility selected $5 million increments and each 
time readjusted its matrix as described, working down through the most effective 
Opportunities it saw to improvement reliability, moving from category to category on the 
basis of whichever offered the most bang for the buck. It has reached the point where it has 
mined all opportunities to improve reliability that cost less than $8/customer minute. 

Note that the utilities lowest available marginal cost of reliability improvement has more 
than doubled from the original lowest possible ($3/customer minute to $8). It has bought 
close to 17 minutes of improvement in SAIDI for its $100 million, perhaps not the bargain 
it had hoped for, but the best that could have been done. 


Table 28.5 Marginal Reliability Costs for a System in the Northeastem 
United States — 2002, after $100 Million Is Spent on Improving Reliability 
by Buying the Most Cost-Effective Projects Possible 
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A Point About Going “Too Far” 
with Spending on Reliability 


A concern that all power engineers and utility managers in particular often express is “how 
much reliability is enough?” This is often very difficult to answer, and in some sense, the 
answer is “there can never be enough.’ But a more appropriate question might be to ask 
“where should we draw the line on spending to improve reliability?” That, too, is a difficult 
question to answer, with many aspects to consider, but the intra-level matrix provides one 
way to consider this question from the standpoint of the utility’s options. 

Table 28.6 shows a fifth column added to the matrix, representing costs for “buying 
inter-leve] reliability” at the customer level. Equipment installed there, specifically 
uninterruptible power supplies (UPS) and power conditioning equipment, can “cover” 
outages of connectivity at any and all of the other levels of the power system. In a very 
practical way, one can look at this as the upper limit of what should be spent on reliability 
in the T&D system. Either the utility or the customer can solve reliability problems with 
additions made at the customer-level for this cost. 

Here, the author has used a figure of $9/customer minute, a figure representative of the 
cost of buying UPS for critical household or business needs, but which will not be derived 
or discussed in detail here. The point is not whether that cost is $8 or $9 or $15 or $42.18 
per customer minute. The important point is that customer-level additions are an option that 
either the utility or the customer can always elect at the point of power consumption, and 
that therefore there is little reason to spend more than that cost to “fix” reliability at the 
power system level. This is only one of many perspectives that need to be considered in 
determining what reliability to target and how much to spend, but it is an important point 
and one worth keeping in mind. 


Table 28.6 Marginal Reliability Costs for the System in the Northeastern United 
States — 2002, Including Values at the Customer Level 
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28.4 CERI -— A PRACTICAL METHOD TO 
“BOOTSTRAP” RELIABILITY IMPROVEMENT 


Section 28.2 noted that utilities that “buy” reliability in a non-optimal manner mostly do so 
because they are not aware that their current policies, standards, and processes are non- 
optimal with respect to spending on reliability. This section will summarize a simple but 
practical method that utility planners can use to evaluate cost effectiveness of their present 
spending for reliability by evaluating all spending on the basis of reliability versus cost. 
This Cost-Effective Reliability Improvement (CERI) process identifies strengths and 
weaknesses in the present system and determines where opportunities exist to improve 
reliability in a cost-effective manner or reduce spending while keeping reliability at present 
levels. It prioritizes and produces specific recommendations about what, how, and where to 
improve “bang for the buck” with respect to reliability. It has been designed to be as quick, 
and as low effort, as possible (although it still requires a lot of work). 


Overview of Approach 


The CERI methodology uses a simple, almost brute-force approach to examine cost- 
effectiveness. It calls for a small team of utility planners and engineers to examine all 
spending areas (i.e., budget categories) with respect to if and how they interact with all 
reliability issues (reliability causes or mitigation measures), using a map, or cross-reference 
matrix, as illustrated in Figure 28.8. Despite this “brute-force” approach’s apparent 
simplicity, it is both effective and economical to perform due to the attention to detail in 
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Figure 28.8 The CERI procedure begins by evaluating all potential areas where spending could be 
changed with respect to how it interacts and affects every reliability causes and improvement measure. 
The ultimate product of the study is a ranking of spending categories by cost effectiveness, which can 
be used to optimize spending on reliability improvement by spending more on high priority items 
and/or spending less on programs shown to be of poor cost effectiveness. 
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the design of its methodology. Planners first work through a procedure that creates a 
“static” map, or matrix: an “X”’ at the junction of a row and column indicates where a 
category of significant spending (budget) intersects with an important aspect to reliability 
(column). For example, spending on pole inspection obviously interacts with line outages 
due to the failure of poles. Whether pole inspection is a cost-effective means of improving 
reliability is another matter, to be done in a later step. For the static map, that row-column 
intersection, and all others with a similar interaction, receive an “X.” 

Subsequently, the procedure applies a set of simple tests and evaluations to transform 
the static map’s “Xs” into evaluations of cost-effectiveness. Here, pole inspection is 
evaluated to determine how cost-effective spending on it is as compared to spending on 
other ways to improve reliability. The Xs become grades that rank each row-column 
junction as to its cost-effectiveness. 

Next, these evaluations are transformed into incremental evaluations. Effective as pole 
inspection may be, the real issue is whether spending more money on it will cost-effectively 
improve reliability. Just because an existing program or spending area is effective does not 
mean that more money put there will be equally effective. Maybe that program is doing all 
that can or should be done. (Consider tree-trimming. There is a point beyond which 
trimming more often or more aggressively would do little if any good with respect to 
reliability). The heart of this reliability improvement process is to determine dynamic 
evaluations, indicators of change: increased spending in this category will improve 
reliability; decreased spending here will not materially degrade reliability. 

When complete this “dynamic” map evaluates the relative merits of all budget areas 
with respect to improving reliability by spending more money. Spending categories (the 
rows) are now prioritized (ranked) by how much “bang for the buck” they return with 
respect to improving reliability. The resulting list, no longer a two-dimensional “map” but 
a ranked list of items that the utility can spend on, provides an identification of “high 
priority” areas where spending should be increased in order to improve reliability (items at 
the top of the list) and where it can be decreased in order to free funds for spending on those 
high priority areas (items at the bottom of the list are those for which decreased spending 
will not materially degrade reliability). 

The CERI method, with its approach of examining “every spending category against 
every reliability issue,” appears to represent an overwhelming amount of work due to the 
sheer volume of combinations that need to be examined. However, the procedure outlined 
in the next few pages has been developed to reduce that required work to a minimum. That 
work is still significant, but justifiable to many utilities because the approach is particularly 
good in several respects. First, while simple, it is quite thorough, providing the credibility 
and confidence in results that comes only from a comprehensive evaluation. Second, it 
requires only data and skills that will be readily available to the utility. It does not rely on 
extensive and expensive “data mining” or research into spending and historical operating 
(reliability) records, nor require special skills on the part of the planners performing the 
study, nor cal] for the use of advanced reliability analysis studies. 

Finally, the row-column approach that (at least theoretically) evaluates all spending 
categories against all reliability aspects is effective at identifying some spending categories 
that would otherwise be overlooked. Some reliability improvement measures, particularly 
some types of inspection and monitoring efforts and IT systems improvements, are “better 
than they would first seem’ because they intersect with and affect quite a few reliability 
aspects. While not critical to any, these measures are ultimately very cost effective because 
they affect several different but significant aspects of reliability. Bang for the buck is good 
because they improve many areas by a small amount rather than one area by a large 
amount. That type of benefit is often ignored in other types of assessment studies. 
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Multi-Disciplined Project Team 


A CERI project should be performed by a project team of from four to twelve persons with 
good experience on the utility’s system. Ideally, members of this team should have a 
diverse set of backgrounds: planners, engineers, dispatchers, operations managers, and 
maintenance, etc. This type of study cannot be performed effectively solely by an outside 
consultant. The author, acting as a consultant, has helped several utilities apply this method, 
giving advice and facilitating the process. That experience proved that, to be successful, any 
type of CERI project must be performed by the utility’s personnel. The project depends too 
much on knowledge and experience that can only come from having worked on and 
operated the specific utility system ~ CERI results cannot be generalized from one utility to 
another. Most important, though, implementing and sustaining the improvements will 
require people who understand and believe in the results of the CERI study. “Hiring the 
work done” will not provide that level of internal understanding and commitment. 


Method Designed to Reduce the Work Involved 


This CERI method involves evaluating all spending categories against all potential avenues 
of reliability improvement: it examines, at some level of detail, every category of spending 
to determine how it interacts with every type of reliability-problem cause. Obviously, such 
a study can involve a good deal of tedious work as team members “slog through data,” but: 


a) Such work seems to be necessary to improve reliability in a sound, organized 
manner. Ultimately, one needs to “drill down” into the details of spending and 
operating records to optimize reliability cost effectiveness. 


b) This particular process has been designed to minimize, as much as possible, 
any unnecessary work in “slogging through data,” by deferring detailed 
investigation until it is fairly certain that the item(s) being studied will justify 
the often high cost of gathering detailed and specific data. 


c) Participants in this process gain a detailed understanding of reliability and 
how their company’s spending affects it — that knowledge and experience 
gained can be as valuable to the utility as the results of the study themselves. 


The author has seen this method give very good results, greatly improving the cost 
effectiveness for reliability (.e., “bang for the buck’) at several electric utilities. Some 
utilities have used the method long enough that its results have been well-proven over time 
(Willis and Rushing, 1998). 


Minimizing the Work Required While Managing “Objectivity” 


One challenge any reliability cost-effectiveness improvement project faces is that reliability 
depends on details, and in some cases getting those details can be very labor-intensive 
(examples will be given below). As mentioned earlier, the CERI process defers as much of 
the “getting detail” effort as possible for as long as possible, until a good deal of the initial 
options have been eliminated and it is fairly certain that those remaining will justify such 
intensive work. This effort efficiency was a key aspect in the design of the process and its 
accompanying methodology. 

The CERI process consists of six steps which are performed in succession. The first few 
steps make heavy use of whatever budget and historical operating data are readily available 
(i.e., whatever is available or easy to obtain), filling in missing elements and detail using the 
experience and knowledge of the project team. In this respect the CERI process can be 
viewed as “subjective,” in that it uses the team’s knowledge and opinions instead of hard 
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data, and its initial evaluations of strengths and weaknesses in the utility’s existing 
processes and standards are largely based on that “soft” data. 

There is naturally a concern about whether the resulting study will be objective and 
particularly whether it can be depended upon to lead to large, perhaps uncomfortable, 
changes in approach and spending if those are needed. Members of the team who are giving 
the advice and making some of the early subjective decisions could be part of the problem. 
The use of judgement only for estimation of data on existing situations rather than for 
assessment of opportunities for future changes, along with the rigorous procedure 
subsequently followed in CERI, mitigate against this happening. 

Objectivity should always be a continuing concerns for upper management and the 
project team, but no more so in the case of this process than in any other important 
investigation.® CERI uses a very specific and rather rigorous procedure to assess all 
information (whether hard or soft). The first five of the six steps in the CERI process use a 
grade-logic (fuzzy logic, or “semi-numerical’” mathematics) assessment method. Grade 
logic is used for four reasons: 


1) Minimum expense and time. As stated earlier, a chief aim of the project is to 
reduce the required level of detail and data needed until later in the process.” 
The early steps can use both subjective or general-category data in many areas, 
accomplishing this goal. 


2) Rigor. Despite its non-numerical nature, grade-logic is rigorous and 
theoretically correct. It is applied in a very specific and fully documentable 
procedure, within which it is no easier to cheat than in numerical studies. 


3) Honesty. The procedure keeps all results within the “graded” context until they 
are verified numerically. The use of grade terms like “High” and “Medium” 
clearly identifies the not-yet-verified nature of the results during interim steps. 


4) Results. Both grade-logic and the CERI process are proven to produce good 
results when used and not abused. 


By the conclusion of its fifth step, the CERI process will have identified the best 10% of 
potential areas of improvement for further study, but not yet justified them in a qualitative 
(numerical, detailed) manner. These possible improvement areas will be rated as Very high 
potential, High, etc. At that point, detailed data and numerical assessment will be required 
to verify and prioritize high-potential opportunities, but also be justified by the high 
likelihood that the opportunities are real. 

The six steps will be discussed in order, below. In several of these steps, a key process 
called resolution synthesis is used to recognize that additional detail in study of reliability 
causes or effects or costs may be needed later in the project. This, and several important 
pointers about handling thorny issues during the performance of the study, are given at the 
end of this section, after the six steps are summarized. The author recommends that anyone 
interested in performing this type of project read the entire section (including the “thorny 
issues” discussion) through to the end, once, and then re-read it. In particular, the resolution 


® Readers who believe that a lack of subjectivity combined with a fact-based, quantitative method will 
always lead to completely objective results need to look at|Chapter 29 


° The term “grade logic” has been increasingly used instead of “fuzzy logic” in order to avoid the 
negative connotations (in English) associated with the word “fuzzy” and the natural assumption that 
this leads to “fuzzy thinking.” However, the techniques are based on the very ngorous and 
legitimate fuzzy-logic concepts of Zadeh, Kosko, etc.: a logical, mathematical-like structure to deal 
with “grades” of importance such as Very High, High, Medium, Low, and Very Low. 
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synthesis process described later in this section is a key aspect, but one cannot understand 
how and why until one sees how the six steps fit together. 


Step 1: Spending and Reliability Bases 


The first step identifies and documents in an unambiguous manner both the spending 
categories and the reliability metrics/categories to be used in the assessment. For a number 
of reasons it is advisable to start with those categories already widely in use within the 
utility. Most electric utilities (and most businesses) distinguish between capital and 
operating expenses. Within each of these two basic spending categories, the utility’s 
accounting and management processes will have sub-categorized, sub-sub-categorized, and 
perhaps sub-sub-sub-categorized its accounting of spending. Such hierarchical 
categorization of spending is usually based on equipment type or system level (breakers, 
transformers, line trucks), activity or function (inspection, service, or repair), or geographic 
location (northwest district, east district, etc). Often a utility’s accounting data may break 
out joint intersections of such various categories (e.g., spending on breaker inspection in the 
northwest district). 

Somewhat similarly, reliability is usually tracked and reported using several well- 
defined metrics (SAIDI, SAIFD and often tracked on a regional and circuit basis. At many 
utilities, outage or equipment failure-rate data from “root cause” studies will also be 
available to identify the contributing causes to these measures. 

Regardless, use of these pre-existing categories is recommended because data will be 
most easily available in that form, and because project results and projected improvements, 
if given in that form, will be easier to communicate. The team will have to do additional 
work if and when it needs to either modify these basic spending- and reliability- 
categorization schemes, and/or when it needs to add more detail to them (as will be the case 
at certain points in the project). But use of the existing categories to the maximum extent 
possible will reduce the amount of this work as much as possible. 


Sub-categorizing utility categories 


Thus, the existing spending/accounting and reliability tracking categories define the study 
basis that the CERI project team will use as it begins its work. But those accounting 
categories and reliability and outage reporting metrics and categories were created for 
purposes somewhat different than maximizing reliability cost-effectiveness. It will be 
necessary for the project team to improve the “resolution” of their study base — its ability to 
discriminate and compare details within both cost and reliability records — during the course 
of their project. This is done through the process of resolution synthesis, which will be 
described in considerable detail later (step 6), but the reader needs to recognize at this point 
that the team will have occasion to “sub-categorize” costs and reliability causes beyond the 
distinctions available in the budget and reliability data in order to focus on specific areas or 
new ideas for possible improvements. 

The first, and a recommended, sub-categorization to make in this initial step is to break 
out the “O&M” budget into three “study sub-categories:” Operations and Restoration, 
Maintenance and Inspection, and Other. “Other” includes all items in the utility budget that 
seem to have no significant interaction with reliability, such as spending on community 
relations or public awareness, etc. Sub-categorization of the rest of the O&M budget into 
Operations and Restoration and Maintenance and Inspection breaks that spending into two 
significantly different activity areas. Operations and Restoration includes all activities 
directed at operating the system and returning it to service when something goes wrong, for 
whatever reason. Inspection and Maintenance activities have a far different purpose and 
effect on reliability: for the most part they are efforts made to reduce failure rate. It is an 
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Table 28.7 Recommended Basic Categories for Reliability 
Cost Effectiveness Study 


Spending Reliability 


Capital Spending SAIFI 

Operations and Restoration CTAIDI (SAIDYSAIFD 
Inspection and Maintenance Outher count 

Other (not used) 


oversimplification, but a useful characterization, to say that O&R drives down SAIDI (or 
CAIDI) and I&M mainly drives down SAIFI. While there are exceptions, this is true 
enough that making this distinction in this type of study will provide great benefit. 

Table 28.7 gives recommended basic categories for the major categories to be used in 
such a study. There are no hard and fast rules specifying these, but those shown are a 
recommended starting point. Spending categorization is almost always based upon existing 
accounting practices — that is how the spending data will be organized. The “other” 
category represents those monies that have no impact on customer reliability, and is 
recommended only for completeness’s sake. It is not actually carried into subsequent 
analysis. However, use of this category is recommended — explicit acknowledgement that 
some spending has no significant impact on reliability is both useful and makes the study 
comprehensive and credible: when all monies evaluated (including “other’’) are summed 
together it will equal the entire utility budget." 

The reliability categorization shown uses SAIFI, a measure of frequency of interruptions 
which at least indirectly responds to both equipment failure rate and extent (effect of 
failures on customers — some failures cause more customer interruptions than others). 
CAIDI (SAIDI/SAIFD is typically preferable to SAIDI in a CERI study because it is the 
duration of a single (average) customer interruption. It usually proves most intuitive and 
useful to evaluate the cost effectiveness of restoration and automation functions and similar 
means of reducing duration when evaluated on a “per event” duration basis. 


Outlier reliability metrics 


A reliability “outlier count,” as shown in Table 28.7, is often used. It can be any of several 
metrics that evaluate the “unevenness” of customer reliability. SAIFI and CAIDI are 
averages over the entire utility or the region or customer class being evaluated. No utility 
delivers absolutely identical reliability to all its customers: a customer near a substation 
may have far fewer outage minutes in a year than one at the end of fifteen miles of primary 
conductor, while customers on a “problem” feeder may experience far more than the 


0 Most planners will recognize spending on such things as community relations, customer energy 
efficiency awareness, employee training (to enhance their career development), beautification of 
substation sites, etc., as the monies that fall into this category. But in addition a host of other 
expenses have no significant impact of reliability and should be included in this category: the cost of 
the operations office building and much of the money spent on safety. (One could argue that 
reducing accidents will reduce system outage rate, but the impact is not realistically significant in 
most cases: spending on safety is not directed at reducing reliability but on reducing the nsk of 
injury or death to the public and the utility’s employees.) 
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average number of interruptions. Most utilities use some form of “outlier” metric in order to 
assure that these extremes do not become too severe, too common, or too chronic. 

There are different approaches to outlier metrics. A good technical solution is to 
measure SAIDI’s standard deviation, another is to track a group SAIDI time for the five or 
ten percent of customers who received the worst outage duration during the year. But most 
utilities use a pragmatic approach to this measure, adopting a metric consistent with their 
regulatory requirements. For example, one utility commission in the U.S. requires a utility 
to report on an annual basis the ten worst performing feeders in its system, and to take steps 
to see those are not among the worst ten performing feeders in the subsequent year. Another 
commission requires that the worst three percent of customer experiences in any year be no 
more than four times the average SAIDI, and that no customers be on this “list” two years 
in a row. Another state requires that no group of 30,000 customers experience a 
simultaneous outage lasting more than twice the system SAIDI target. 

In each case, it makes sense for the utility to adopt as its “outlier measure” the metric 
that directly addresses the issue as adjudged by its regulatory commission. In cases where 
this is not appropriate (the commission does not use an outlier approach or the metric used 
is deemed inappropriate for the type of study discussed here), some measure of the worst 
performance seen by a significant group of customers (at least 3 to 5 percent of the 
customer base) is generally best. 

Section 28.6 discusses issues pertaining to this topic in more detail. 


The need for further sub-categorization 


Much further detail (sub-categorization and sub-sub-categorization) in spending and in 
reliability will be needed. As mentioned earlier, the utility’s existing budget and reliability 
sub-categorization will provide a starting place. But during the course of the study planners 
will find they often need more distinction in both spending and reliability than their 
company’s existing system provides. For example, a category of spending “Overhead 
distribution line inspection — $15.3 million” may need to be broken into sub-categories by 
what could be inspected (or how) so as to evaluate cost-effectiveness of the results. It may 
be necessary to break out the following sub-classifications: 


Pole inspection 

Conductor and mid-span hardware inspection 

Pole top/equipment inspection 

Cap bank, regulator, and switch testing and inspection 


As another example, readily available reliability records may not distinguish SAIFI 
contribution for “overhead conductor” by “conductor parted” versus “conductor hardware 
(splices, etc.) failure, yet this might be useful in evaluating the reliability improvement 
options being discussed here. Yet such detail (e.g., reducing line-down interruptions 
through improved inspection of mid-span hardware) is needed in order to identify specific 
improvements that offer potential. 

Therefore, as and when needed throughout the early steps in the CERI process, the 
project team can divide existing spending or reliability categories into several sub-units. In 
making such additional! distinctions in spending and reliability, the project team is creating 
detail where it was not formerly available. Thus, this process is called resolution synthesis. 
That process, including rules to govern its application, will be discussed later in this section. 
However, there are two important points about resolution synthesis that need to be 
recognized at this point. First, the project team can do this type of dis-aggregation of sub- 
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Outliers 


CAPEX 


MAINTEX 


Figure 28.9 The intersection of major spending and reliability categories creates a set of “maps” 
which will be used to study the relationship between spending and reliability. Each is basically a 
spreadsheet. Potentially, there are nine maps, although several are mostly empty and can be assigned 
less significance in most cases (indicated by an X). 


categories at any time in the course of the project, not just in this initial phase. Second, they 
will want to do this often and even if their company does not have data readily available to 
help them break down and fill in the spending and reliability into these sub-categories. '! 


Step 2: Spending and Reliability Data Maps 


The basic spending and reliability categories defined in step 1 create, by their intersection or 
“cross product,” a set of “maps” (spreadsheets) that will be used in this study, as illustrated 
in Figure 28.9. Use of Fable 28.7°s| recommendations will generate nine potential maps, 
although several will be null in the sense that they will not have significant value, and will 
not be used. Exactly what and how depend on the exact category definitions used. In this 
example, using the definitions from Table 28.7, Maintex versus CAIDI and Opex versus 
SAIFI will be mostly null matrices and can be removed from consideration. Spending on 
inspection, preventive maintenance, and refurbishment does not significantly affect CAIDI. 
These activities are aimed are avoiding failures or reducing equipment failure rates — i.e., at 
SAIFI. They do little if anything to decrease the duration of an interruption once it has 
occurred. Similarly, operations spending includes activities directed at detecting trouble, 
identifying its source, restoring service, and dispatching repair resources — all functions 
aimed at reducing duration of interruptions once they are caused by outages. Therefore it 
has little effect on SAIFI and is mostly involved with CAIDI. 


'! For example, data will very likely not be available, and it may be very difficult (require many hours 
of study) to take the $15.3 million spent on overhead distribution line inspection and determine what 
part went to each of these new sub-categories. But for the moment, the project team can carry 
forward this new detail at a conceptual level, with no numerical data as to cost or actual results, but 
merely carrying a subjectively evaluated place in their analysis model. Later, if indications are that 
this has high potential, they can return and do that required work. 
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Figure 28.10 Each of the maps represents the intersection of spending and reliability sub-categories, as illustrated here with a portion of the 
CAPEX versus SAIFI map for a utility in the central United States. Contents of the individual cells in the map are not important at this phase. 
Planners focus on creating the maps and populating the spending and reliability breakdown data along the top and left side of the map, as shown. 
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Each map is the “sub-categorization cross-product” of one major spending category 
(e.g., Capex) and one major reliability category (SAIFD), a matrix formed by the sub- and 
sub-sub-categories in one major spending category, like capital spending, intersecting with 
the reliability sub- and sub-sub-categories in one reliability category, like SAIFI 
[28.10}. Note that all maps related to any one major spending category (e.g., all Capex 
maps) will probably share or at least start out with the same row definitions, while all 
reliability category maps (e.g., all SAIFI maps) will share the same initial column 
definitions, etc. However, note that Capex maps and Opex maps will not share the same 
rows, and that SAIFT maps and CAIDI maps may not share the same column definitions. 

As a final part of this step, planners fill in, to the extent they can, the basic budget and 
reliability sub-category and sub-sub-category data — the breakdown of spending by row 
along the left side, and reliability by column along the top, as shown inlFigure 28 5| At this 
stage, the project team does not work on the contents of the cells in the matrix. 

The term “extent they can” requires further explanation. The spending and reliability 
categories the project team begins with are based on existing accounting and reliability 
tracking categories, but are not necessarily what are needed for reliability optimization. As 
mentioned above, and explained in greater detail later in this section, the CERI study team 
will find that it has to “synthesize” greater distinction within some of these categories in 
order to do its study. For example, accounting/budget categorization may only distinguish 
OH line inspection with a single entry, “OH Line Inspection.” Yet the CERI team may 
decide it needs to consider what is being inspected — poles, pole-top equipment including 
the crossarm and associated hardware, or conductor and fittings. The project team would 
thus break apart “OH Line Inspection” into sub-categories, synthesizing more resolution 
(detail) in what the project considers. Budget information is likely not readily available on 
spending by these newly created sub-categories, or it might not be available at all (because 
the utility has never done that particular type of inspection). At this stage in the process, the 
fact that there is no “budget data” for these newly categories is fine, in fact it is expected. 

Similarly, there may be cases where existing outage or interruption cause data do not 
provide the needed level of distinction as to outage causes of interruption restoration needs. 
Columns can be broken apart in the same way, but the fact that outage rates or interruption 
tracking data may not be immediately available on these new sub-categories is not a barrier 
to completing this study. The process of resolution synthesis will be discussed in detail, 
along with guidelines and examples, later in this section. 


Step 3: First Pass (Binary) at the 
Spending-Versus-Reliability Map 


Planners now go through each map, looking at every cell and determining if there is a 
significant link between the spending category (the cell’s row) and the interruption case or 
reliability issue (column). This step ts only the first of several recommended passes through 
each map. In it, CERI team members merely mark an “X” or a “1” in every cell that the 
study team determines has a significant interaction between the spending (row) and 
reliability issue (column). Otherwise they leave the cell blank (see [Figure 28.11). 
Judgement and common sense are required when determining if a relationship is 
“significant.” Nearly anything a utility does has at least some infinitesimally small impact 
on reliability. A program to increase customer awareness of energy efficiency by stuffing 
informational bulletins in their monthly bills may reduce peak demand levels which 
potentially would reduce stress on equipment which could possibly lead to a reduction in 
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Figure 28.11 A portion of the map in Figure 28.10 with binary relationship data from step 3. 
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failure rate. But that is a very tenuous chain of “might,” “potentially,” and “possibly,” and 
definitely not a significant effect. As an example of a significant interaction, infra-red 
inspection of overhead lines identifies equipment likely to fail or in need of service so it 
will be useable when needed — there is a significant and direct link between those 
potentially avoided failures and the reliability sub-category “Overhead line failures.” 

This map is often called a “static” spending versus reliability map, in that it shows 
where there are interactions between present spending and existing reliability problems, but 
gives no information about whether or how spending patterns should be changed (that is the 
“dynamic” map). It also gives no detail about the degree or importance of interactions, 
beyond their being significant. Some utilities skip this step, making their first pass through 
the maps a combination of this step and step 4, below, directly producing a dynamic map. 
Their reason is that that this reduces the time required. However, this step is recommended 
because an initial pass through and consideration of all cells puts the total in perspective. It 
tends to actually shorten the time required for step 4 (so that ultimately not much effort is 
avoided by skipping step 3) and ,more importantly, assure better uniformity of the partially 
subjective evaluations developed in step 4. 


Step 4: Second Pass (Grade-Logic) Spending-Versus-Reliability Map 


This step simultaneously accomplishes two goals. First, it begins a transformation of the 
static map to a dynamic map. At the end of step 3, the maps are static, an X in a map’s cell 
means only that “We spend a noticeable amount of money in this category (row) and _ that 
appears to directly interact with a noticeable cause of reliability problems or a solution to 
them represented by this column.” The information is binary (Yes/No, or X/no X). 

By the end of step 4, the maps are dynamic. (“More money spent in this category would 
have a cost-effective impact on reliability. Less money spent in this category would not 
seriously erode reliability.”) They are also graded — the Xs have been transformed into a 
score, an evaluation of potential cost effectiveness of more spending, using a grade-logic 
(fuzzy logic) distinction as to the importance, classifying each cell into high, medium, or 
low potential for cost effective reliability improvement. 

During this second pass through all cells in each map, the project team qualitatively 
evaluates each X from step 3, estimating how effective incremental changes in spending 
would be on reliability in this category. It does not matter whether current spending in this 
category is high or not (perhaps the utility spends nothing on this now). The issue is 
whether it seems likely that more spending would improve reliability, or that spending in 
this category could be reduced without seriously reducing customer service reliability. 

This step produces subjective estimates, but a good degree of rigor and procedure can be 
applied to assure consistency and dependability of results by using: 


A limited number of qualitative grades ~ between three and five — the author 
recommends just High, Medium, and Low, or at most 1 (lowest) through 5 
(highest). A greater number of grades produces little improvement in 
classification, and results in greatly increased time in considering each cell. (The 
specific method outlined in the next few pages begins with three grades and 
produces a final rating within a range of five.) 


A strict understanding that the issue is incremental change in spending. The fact 
that the utility is currently spending a lot on a function (i.e., inspection) does not 
mean that additional spending will produce improved results (in fact, it may mean 
the opposite — all the “low-hanging fruit” has already been plucked). 
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An initial pass (step 3) rather than a combination of step 3 with this step. An 
initial binary pass in step 3 assures project team familiarity with everything 
involved as they begin step 4, helping put all matters in better relative perspective 
for this evaluation, improving consistency of results. 


Example grade-logic rule base and formulae 


This step is subjective: team members evaluate potential based on their knowledge and 
experience. However, it is not undisciplined or without its standards, and that is the reason 
the CERI method is successful. Successful studies facilitated by the author used a simple 
erade-arithmetic scheme based on three evaluation criteria which are assessed for each 
situation: 


Potential Improvement — how much room remaining for improvement is there? 
For example, if a utility has installed only a limited number of primary circuit 
lightning arresters on its system, then there is great potential to add further 
lightning arresters to the system, and lightning arresters are rated high with 
respect to this criterion. If on the other hand they are a common fixture and 
widely used already, then they would rate “low.” 


Potential Cost — how much will the improvement cost if all of the opportunity in 
this category were purchased? What additional spending would be required to 
fully exploit the potential improvement determined to exist in the step above? 


Selective Focus — is it possible to “cherry pick” with this measure? This third 
criterion is quite the most important in optimizing reliability cost effectiveness. 
How easy or inexpensive would it be to selectively apply this measure or solve 
this reliability problem in a way that is non-random? 

For example, suppose a utility is considering pole inspection. If it must inspect 
poles “randomly,” then it might possibly have to inspect 100 poles or more for 
success {an instance where a bad pole was found and repaired, thus very likely 
avoiding a future failure). 

But if this utility has a dependable and comprehensive facilities database 
which provides service age and wood type for each pole, and a circuit analysis 
and customer database system which can be used to determine criticality (how 
many customers are downstream) from the first protective device upstream of 
each pole) it would be possible to calculate an “inspection importance index” that 
would prioritize circuits and even individual poles for inspection on the basis of 


Table 28.8 Conversion of Score to Final Grade Rating 


Qualitative rating is Gradeis Ifscore is between 


High-High 5 18-16 
High 4 15-11 
Medium 3 10-5 
Low 2 5-4 
Low-Low 1 4-2 
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these factors and others. It might even be able to add to this regional or 
geographic data to further focus inspection effort, identifying areas where the 
water table is high or soil conditions are known to promote rot, or merely to 
identify areas geographically that have historically had high incidences of pole 
failures for unknown reasons. 


If the utility can easily and practically do such selective identification of 
opportunities, the pole inspection/repair/replacement program would be much 
more cost effective. There might be one success in twenty inspections, or in ten, a 
five to ten time improvement in cost-effectiveness of the inspection (but not the 
repair) process. Selectivity would be High. But if such data were not readily 
available, if IT systems to support that type of data mining, analysis, and 
historical data tracking are unavailable, then pole inspection would have to 
proceed on a much less focused, nearer to random basis of finding poles in need 
of replacement (Low).’” 


These three qualitative criteria, improvement, cost, and focus, are each rated on a grade 
system — high, medium, low. They are combined into an overall qualitative rating using an 
empirical grade logic function of 


Score = (P+ C) x F . (28.1) 


where F is the selective focus grade (High = 3, Medium = 2, 
Low = 1) 


P is the grade for potential (High = 3, Medium = 2, Low = 1) 


C is the grade for cost (High cost = 1, Medium cost = 2, 
Low cost = 3) 


The score will be an integer in the range 18 to 2. A qualitative rating on a scale of 1 to 5 
is then assigned based on This “grade logic” is designed to respond most 
strongly to the selective focus rating, because the ability to successfully “cherry pick” 
opportunities on a cost-effectiveness basis is clearly the most important aspect of being able 
to optimize spending on a cost-effectiveness basis. Potential and opportunity are important 
because they indicate how much potential a program will have and the overall cost, giving 
some idea of whether the institutional commitment to making a (possibly difficult) change, 
as well as the commitment of resources for the new program, would be justified. 

A further advantage of this scoring system is that it tends to be quite selective in its own 
right at both the high and low ends of the grading system. A uniform distribution of 3, 2, 
and | scores in each of the three criteria discussed above results in a “Gaussian type” of 
distribution of the five grades, skewed toward the center, “medium” (i.e., uninteresting), as 
shown in Figure 28.12 The method is therefore tailored to finding high (invest more) and 
low (invest less) opportunities that stand out from the average, which is what one wants 
when trying to find changes that will yield noticeable (and quick) improvements. 


12 Here, one sees a further reason that the CERI project team needs to have a diverse membership. 
Someone on the team must be familiar enough with the company’s procedures, records, and IT 
systems to understand if such focused analysis would be feasible. 
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Low-Low 
11% 


Figure 28.12 The grading system skews evaluations toward the middle, highlighting outstanding 
opportunities in further investment (highs) or reducing spending without impacting reliability (lows). 


Step 5: Prioritizing or “Stacking” Reliability Improvement Options 


In this step, the project team uses the completed qualitative maps to produce a prioritized 
list of potential reliability improvement programs for further (detailed) study in step 6, and 
potentially, once that further study verifies their expected effectiveness, for implementation. 

At the conclusion of step 4, each of the maps in[Figure 28.8] contains graded ratings of 
the cost effectiveness of the spending options (rows) with respect to reliability problems or 
causes on the system (columns). gives an example, using a portion of the 
Capex-SAJFI map illustrated in and | ll, but now completed using the scoring 
system shown in equation 28.1 and 

Stacking of options can be done on either a row (spending sub-categories) or column 
(reliability problem areas) basis. The author prefers the spending basis, which will be 
described here. A reliability basis can be used, however, and is appropriate for situations 
where significant rehability improvement is needed, and the utility’s priorities dictate a 
focus on “reliability improvement” as most important. 

For the spending basis, the sum of all grades for each row is formed (the newly 
populated fourth column in Figure 28.13) and the sums normalized: the highest 11% are 
assigned a grade of 5, the next 22% a grade of 4, the middle 33% a grade of 3, the next 
lower 22% a grade of 2, and the remaining rows are given a 1. (This preserves the skewed- 
toward-the-middle evaluation characteristic of Figure 28.12). 

Spending sub-categories and sub-sub-categories (rows) are now sorted by grade. In the 
example shown in Figure 28.13, “Brackets and clamps” and “‘Splices” bubble to the top, 
and “Grounding” sinks to the bottom. At this point in the study, the high ratings given to 
splices, brackets, and clamps do not mean that more should be spent on them, and the low 
rating for grounding does not mean that less should be spent on grounding. All they really 
mean is that there appears to be enough information to justify further effort in digging out 
details and studying potential costs and expected reliability gains. In the author’s 
experience, about 75% of items that reach a “5” rating at this stage prove out as 
implementable changes to increase reliability cost effectiveness. With respect to SAIFI in 
Figure 28.13, at least within the portion of the Capex-SAIFI map shown, these are the three 
areas justifying additional, detailed study work. 
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Figure 28.13 The Capex versus SAIFI map from Figure 28.11, after completion of step 4. It now has graded ratings of potential cost effectiveness 
for all elements. Stacking of options begins (in this case, on a row basis) by adding the scores for each row, then normalizing them to highest = 5 
and lowest = 1. The resulting “row grade” provides the means to identify spending sub-categories that have the highest potential for further 
(detailed) study. 
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Step 6: Detailed Study and Prioritization 


The CERI study’s mapping process effectively ends at the conclusion of step 5. Step 6 is 
really the beginning of follow-on effort recommended by the CERI study, and quite 
different from the mapping process. The five preceding steps identified the most promising 
opportunities and reduced the scope of the detailed study to a small set of high priority 
items. 

The project team now studies and compares, and ultimately prioritizes and “budget 
optimizes,” the highest and lowest rated items from step 5, using a numerical marginal or 
incremental cost-effectiveness optimization method like those covered in general terms in 
Chapter 6, section 6.5, and often using some of the tools and methods discussed in other 
sections in this chapter. High-rated items are studied because they offer potential for high 
payback. Low-rated items are studied because current spending may be higher than the 
“reliability being bought” justifies and this needs to be verified. 

Strictly speaking, the row and column data from the CERI “maps” — the values that 
estimate where and what grade of ties exist between these spending and reliability 
categories do not need to be carried forward any further. In practice, the author finds it 
useful to keep those matrices available in order to consult them from time to time, during 
step 6, about what relationships were expected to provide high value. For example, during a 
detailed study of infra-red scanning of overhead lines, the maps would indicate where 
(hardware, equipment, switches) the most potential improvement was expected. 

Step 6 ends with very detailed quantitative prioritization of spending actions, with an 
estimated cost and expected benefit for each, all prioritized by benefit/cost ratio. The utility 


then “buys” reliability in the prioritized (and now verified) order, in the manner described 
with the incremental iB/C matrices in section 28.3 (e.g., (Tables 28.4] and|28.5|, etc.). 
The Resolution Synthesis Process 


Several times in the discussion of steps 1-6, the project team had to “break apart” a 
spending or reliability category because it contained sub-categories or areas on which it 
wished to focus. Basically, they discovered they needed more “resolution” — ability to study 
distinct solutions — into specific measures or specific reliability issues than provided by the 
initial categories and definitions provided by the utility’s budget and historical trouble 
tracking systems. This “resolution synthesis” process is the most expertise-dependent 
function that the project team will need to perform in the course of their project. 

The sub-categories, sub-sub-categories, and sub-sub-sub-categories used in this study 
are created and used so that the results of the study, when complete, will provide specific 
recommendations about what and how to implement a reliability improvement program. As 
the project study team works through the reliability cost-effectiveness optimization 
procedure described here, they will almost routinely “dis-aggregate” an existing sub- 
category or sub-sub-category into several sub-sub-categories, giving themselves more 
detail, in order to provide that specificity for their study. The project team will run into 
many cases in a reliability optimization study where they want to focus on a subset of 
reliability problems or spending actions. This is part of the process and the product — 
digging down into the relationship between reliability and spending with enough detail to 
both find opportunities for improvement and be able to evaluate their effectiveness, one 
against the other. 

Certainly by the time the project is completed, and in fact by the time it is well 
underway, the project team will have taken the initial budget and reliability tracking sub- 
categories and broken some of them into sub-sub-categories and sub-sub-categories as they 
“drill down” into more detail. Existing accounting, budget, and outage tracking systems will 
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not provide spending and reliability data in that detail. Equally likely, the project team may 

want to study a reliability option that their utility has never used (a utility that has never 

installed animal guards on overhead lines may wish to consider them, etc.), and, similarly, 

existing reliability records will not provide data on its historical effectiveness. It could take 

a lot of time (1.e., cost a lot of money) to pore over actual records to determine these values. 
The key concept here, the basis of resolution synthesis, is that 


The project team should not let a lack of budget or 
reliability-record resolution stop it from using such 
resolution in its evaluation of potential for improvement. 


The process of resolution synthesis basically says, “Pretend you have the detail. If later on 
this sub-category bubbles to the top and looks like it has high potential, then, and only then, 
should you go to all the effort to dig real data out to verify the concept and determine its 
exact cost and effectiveness.” 

Thus, the two immediate points that brought up this discussion of resolution synthesis: 
First, there will be “gaps” or “question marks” in the spending (left side of the maps) and 
reliability (along the top) of some of the maps, and the CERI team will want to evaluate 
reliability measures or mechanisms to a level of detail not readily available to them. 
Second, a lack of sufficient data to dis-aggregate a budget or reliability category should not 
stand in the way of going ahead and using that sub-categorization in the study. An example 
will both illustrate this point and show how and why the process of resolution synthesis is 
done. 


Example of resolution synthesis 


At an electric utility in the Midwest US, planners and engineers involved in the CERI 
process determined that high winds and storm damage seemed to have too much impact on 
system performance. The project team had determined this by looking at its existing outage 
records (in their existing detail), which showed that mechanical damage of this type was a 
major contributor to system problems, and, by comparison to benchmark data available for 
other utilities, concluded that this caused a somewhat higher proportion of outages on their 
system than on others. 

The project team had no problem developing a list of possible ways to mitigate this 
problem area, all of which were discussed. These included: 


Stronger poles 

Deeper or other changes in the installation of the pole 
Heavier crossarms 

Longer crossarms (to separate phases from wind oscillations) 
Two rather than one brace per crossarm/stronger bracers 
More robust brackets and hardware 

Heavier (stronger) conductor 

Shorter spans between poles 


Existing spending data did not provide this level detail, ie., sufficient to quickly 
determine what longer crossarms cost versus heavier poles, etc. Outage records indicated 
only that a line outage was caused by mechanical or structural failure of a pole, not whether 
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it was caused by failure of the pole, the crossarm, the braces, the brackets, or conductor 
separation along with damage to the pole, etc. 

Certainly those data could have been obtained by going back to project records, etc., and 
digging it out of the “source” material. But that would have been expensive and next to 
impossible to do accurately in the time permitted. Instead, the project team skipped that 
entirely. They created those sub-sub-categories in their maps, leaving the spending data for 
them blank (capital spending was not broken out beyond the existing “poles & assembly” 
and the reliability attribution along the top similarly blank, shown in Figure 28.14). 

This decision to not “invest” in digging out the data detail at that point made particular 
sense because the team was not certain that they would need it: subsequent steps of this 
process might eliminate these items for consideration for any number of reasons. If they 
did, all that work would be for naught. 

Therefore, through subsequent steps of their study, this project team carried these 
categories without detail data, as shown in Figure 28.14. Ultimately, some of these items 
were evaluated and found likely to produce good results. At that time, the project team then 
studied the incremental cost changes for these sub-category items (e.g., moving all poles up 
one class in strength would cost so much per mile, etc., and would yield a certain expected 
reliability improvement). 


Before 
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Figure 28.14 Portion of a map before and after resolution synthesis. Process of increasing the 
specificity in the study breaks up the category of poles and assemblies into several subcategories (see 
text). Existing accounting and budget data did not have this detail but the CERI project team created 
the sub-sub-categories anyway and carried the detail through the rest of the study without specific 
information on how past spending had fallen into these sub-sub-categories. The proposed 
improvement of “shorter spans” (see text) is not included because it would affect al] sub-sub- 
categories (more poles/mile means more crossarms/mile, etc.) and will have to be studied as a 
“scenario” in later analysis. 
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Rules for the resolution synthesis process 


“Resolution synthesis” means creating more specificity where and when it is determined 
that that additional detail is needed. The categories and sub-categories that the project team 
has when it begins a reliability cost-effectiveness study come from the utility’s standard 
accounting and budgeting practices on the spending side, and outage reporting and trouble 
tracking systems on the reliability side. Those sources will provide the type of detail needed 
by accounting, budgeting, and outage tracking, but will not always provide the type of 
distinctions and gradations that the utility needs to study cost-effectiveness with respect to 
reliability. 

Thus, participants in this type of study should expect that they will have to synthesize 
new categories of both spending and reliability during the course of their study. This is 
nearly always done by breaking up an existing sub-category or sub-sub-category (Figure 
28.14), although conceivably there may be cases where an entirely new basic expense 
category or reliability problem area is recognized and adopted. 

The purpose of this resolution synthesis is to assure that when the study is complete, its 
results will provide the specific detail needed about what and how to implement reliability 
improvement. Continuing with the example above, a recommendation to “improve the 
strength of overhead lines” would not be a specific enough recommendation. Even the 
recommendation “improve the strength of poles,” is not specific enough, if the term “pole” 
means everything associated with an overhead pole and its sub-assemblies, as was the case 
in the example cited above. 

What is sufficient detail? How does the project team determine when and if they should 
break apart an existing sub-sub-category into further detail? Most of the resolution 
synthesis will be done in steps 3 and 4. In reviewing the guidelines listed below, the reader 
should consider that, in those steps, the project team is considering or has data on the 
relationships between the reliability sub-category (column) and spending sub-category 
(rows). They use information about the identified or suspected, or even hoped for, 
relationship between that spending and that reliability problem area to determine if more 
detail is needed. There are several guidelines: 


Guideline 1: Is the reliability issue important and specific enough? 


If the reliability category shows only a small contribution to SAIFI, CAIDI, or whatever 
metric is being used, then the additional detail isn’t important because whatever spending 
could affect this area is unlikely to be a significant area of focus. 

For example, suppose a utility has a reliability sub-category called “vandalism” and a 
sub-sub-category within that for “gunshots into substations.” At most utilities this sub-sub- 
category cause will contribute only a very small amount to the overall SAIFI or SAIDI of 
the system. Sub-sub-sub-categorization in any manner (e.g., “gunshots at transformers,” 
“gunshots at breakers,” “gunshots at buswork,” etc.) is not needed. 

As an example of the opposite, suppose that existing reliability data attributes 40% of all 
SAIDI causes to “Overhead line failures” with no sub-categorization within that. That is 
too much reliability consideration in one category — more specificity will be needed. 


Guideline 2: Is the spending category important and specific enough? 


Similarly, consideration of budget sub-categories can look merely at whether any sub- 
category or sub-sub-category is “too large.” The sub-category “overhead line maintenance” 
will be both too large (probably a third of the Maintex total) and too non-specific (there are 
a host of maintenance types and activities within it). 
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Guideline 3: Importance of the association between spending and reliability 


Guidelines 1 and 2 are each based on the detail (or lack of it) present in one dimension of 
the spending-reliability map. Guideline 3 depends on the relationship between a column(s) 
and a row(s). 

Regardless of the detail or lack of it in a spending or reliability category, if it is 
associated only with “unimportant” issues in the other dimension, it is unlikely that more 
detail is needed. For example, continuing with the gunshots-at-substations example cited 
earlier, the most effective solution to this problem is probably some sort of wall or dense 
foliage around the substation (not necessarily bulletproof, but more to stop the gunshots by 
blocking the view of the “targets”’). Everything in this category would be covered by the 
sub-sub-category “‘substation perimeter wall.” But because gunshots-at-substations is a 
minor contributor to the reliability problems and because “substation perimeter wall” has no 
interaction with any other significant reliability contributor, no further detail (i.e., 
distinction about an esthetic wall (not bulletproof), versus just foliage versus a heavy 
“bulletproof” wall) is needed in this spending category. 


Guideline 4: Is the relationship between the 
spending and the reliability all “of one type.” 


This is the most important guideline for resolution synthesis and the only one that helps 
determine when enough resolution has been achieved — it produces a “stopping rule” for the 
process of breaking down categories into greater levels of distinction. As planners and 
engineers go through steps 2, 3, and 4 in the CERI study process, they are focusing on the 
cells in each map. At various times it will become clear which cells are important (those 
with a significant relationship between the spending (row) and reliability (column). In 
looking at those cells, they can determine if there is sufficient resolution in spending and 
reliability by asking one question: 


“Ts there only one basic type of relationship between 
all spending in the spending category and all reliability 
in the reliability category?” 


If the answer is yes, then there is no need for additional resolution, even if the spending in 
this category is quite large. But if the answer is no, then one or the other of the row or 
column sub-categories needs to be segmented into sub-categories. 

Some examples will illustrate the distinction between a yes and no answer to this 
question and also illustrate why this guideline is important. Consider a cell in the Maintex- 
SAIFI map that represents the intersection of “Inspection — Primary circuits OH” and 
“Overhead line failures.” This cell is obviously quite important to a CERI study, and will 
have an X in it by the time Step 3 is concluded: OH line inspection has an obvious, 
significant impact on overhead line failure rates. 

But it clearly needs more specificity, too. There is more than one type of relationship 
involved within that cell. For example, “inspection” could mean pole inspection or it could 
mean conductor-hardware inspection (whether done visually or by infra-red). These two 
activities are very nearly mutually exclusive — one of them accomplishes little or nothing of 
the other’s purpose. Furthermore, and the key point with respect to the question highlighted 


'> This is an example of “reasonableness” and common sense. A high substation perimeter wall will 
have some slight impact on reliability in other areas. It would make vandalism from intruders or 
items thrown over the fence slightly less likely. It might mit debris, tree limbs, and animals from 
getting into the substation. But all of these interactions are tenuous at best. 
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above, each addresses a totally different failure mode: pole inspection addresses structural 
failures, while overhead line inspection addresses mostly potential electrical failures in the 
equipment carrying the current. 

Thus, both spending and reliability at this cell should be segmented into sub-categories. 
Spending on “Inspection — primary circuit poles’ should certainly be broken out as a 
separate subcategory. Similarly, overhead line failures due to poles should be broken out 
from those due to other reliability problem causes. 

But this alone is not sufficient, because the remainder of items within the original row 
and column that intersected at this cell contain a good deal of other different inspections 
and causes — different types of relationships. With poles broken out, the remainder of the 
original spending category potentially includes: 


e Inspection of crossarms and braces for structural integrity (for 
example, visually from a helicopter, which is usually the best 
approach to this — they tend to rot and split from the top) 


e Electrical hardware and insulation on the pole (visually or 
infra-red) 


e Conductor itself (visually for birdcaging, bananaed or 
weakened splices, burn marks or other indications of damage; 
infra-red for poor connections, or even via radio interference 
drive-by to determine broken conductor strands or weak 
hardware) 


e Pole grounding tests (usually not included in “pole 
inspection’) 


e Line switches, cap banks, protective equipment, and line 
regulators (by any of several means including visual, infra-red, 
or actual diagnostic tests) 


e Vegetation (visual check for trees putting the line at jeopardy 
in high winds) 


Each of these is a different type of inspection, one that addresses different failure modes 
or causes or types and one that could be carried out separately, although several could and 
perhaps should be done simultaneously (any visual inspection would typically focus on all 
equipment that could be seen: crossarms, protection, conductor, hardware, etc). Similarly, 
there are different types of failures involved — mechanical, electrical, lightning protection, 
etc., meaning that there is more than one type of relationship or cause-and-effect 
mechanism at work between how money is spent on inspection and how it affects 
reliability: 


e Inspection of crossarms and hardware avoids mechanical 
failures. 


e Inspection and testing of switches and equipment and all infra- 
red testing mainly works down potential electrical problems (it 
does identify weak brackets, etc, that might break (mechanical 
defects) but for the most part it identifies electrical failures). 


e Inspection of grounding limits lightning induced failures. 
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Thus, ideally, the remainder of this cell will need to be sub-categorized with respect to 
both spending and reliability. Ultimately, it breaks into quite a few new sub-sub-categories 
in both dimensions. CERI study team members need to temper this resolution synthesis 
with common-sense — too many sub-sub-sub-sub-sub-categories will result in a 
cumbersome project which produces results that are hard to apply. 


The stopping rule: how much resolution is enough? 


The new spending sub-category, “Inspection — Primary circuit poles” is a good example of 
when and how Guideline 4 indicates that the process of sub-segmentation has been carried 
far enough. Although there are many different ways to inspect poles (visually, with a 
“hammer thump,” by sonogram, or by an electrical-mechanical resistance probe test) a 
further breakdown of this new category into sub-sub-categories is not needed. Each of these 
different test procedures has a different cost and a different effectiveness, thus a different 
cost effectiveness. Yet that does not matter here, because all of these test types have the 
same type of relationship with pole failures: poles are inspected (by whatever means) to 
identify structurally unsound poles, so those can be repaired or replaced, thus avoiding 
structural failure (whether due to storms, wind, damage, or just random failure). 

As far as optimization of cost-effectiveness is concerned, only the most cost-effective of 
these different means of pole inspection (e.g., resistance test) matters and need be 
considered.'* Further, in steps 3 and 4, the details of that can be left until later. At that 
point, the cell can be considered to contain “the most effective means possible.” 

This stopping rule, and the other guidelines, are not always easy to interpret and there is 
a “gray area” in their interpretation. Continuing with pole inspection as an example, there is 
another type of further distinction that could be made and that has been applied in one 
CERI study in which the author participated. One could break the sub-category, “Inspection 
— Primary circuit poles’ into sub-sub-categories by where the poles are on the circuit, as: 


Poles on major switchable circuit sections. (The section is three 
phase and there is a breaker or switch or on both ends.) 


Poles on major circuit sections. (The line is three phase but does 
not have a switch on both ends.) 


Poles on Jaterals and minor elements. (The section is not three 
phase.) 


One could even make further distinctions about if poles were on fused laterals or laterals 
(in systems which do not fuse all laterals). Such sub-sub-categorization is an attempt to 
selectively focus the pole inspection by how it interacts with and how important it is to the 
restoration function. If one has limited resources for pole inspection, it makes sense to focus 
on major switchable sections of the system (if these experience fewer structural failures 
during storms, it will conceivably permit more and faster restoration after the storm). 

The author has seen this particular distinction and a similar distinction about where tree 
trimming is done with respect to location on the circuit, created during steps 3 and 4 of the 
CERI process and carried through to the end, the rationale being that the “relationship” 


'* Furthermore, the reader should note that at this point in the study the CERI team does not even have 
to know exactly which of those pole-inspection methods is the most effective. Through to step five, 
the team can proceed by simply assuming that they will study and pick the most cost-effective 
means if it turns out that pole inspection looks good by the end of the study. 
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between inspection and how reliability is improved is different for these three categories (or 
at least between the first and the other two). But while there is some legitimacy to that 
perspective this approach is not recommended. The team should carry only the single sub- 
category “Inspection — Primary circuit poles” through to step 6. The reason is that, in much 
the same way that one can “assume we use the best pole inspection means” (e.g., resistance 
test versus hammer thump), one can also assume in steps 3 through 5 that the utility will 
eventually decide or prioritize its pole inspection activities among these three distinctions, 
and others, to selectively pick opportunities and generate the highest possible payback. 


Additional Useful Tips and Pitfalls 
to Avoid in a CERI Study 


Accounting distinctions and optimization focus 


The accounting distinctions used by most utilities often break the cost of nearly all aspects 
of the utility’s operations and capita] spending into labor and materials costs, as well as 
other distinctions. For example, it is common to find that the capital costs for building a 
mile of feeder is broken out by labor and materials. Such a distinction is not very useful in a 
CERI study and in fact can get in the way of optimizing cost effectiveness. Thus it is often 
useful to aggregate costs back to one sum. This can be a challenge because the labor and 
material costs might be sub-sub-categories within different sub-categories and not directly 
comparable. For example, OH line construction labor might be lumped in with other labor 
on the distribution system (e.g., service transformers and circuits) and included in 
“Distribution construction — Labor” with no sub-categorization available. Overhead 
Primary Line material costs might be might be a sub-category under Distribution Materials 
and thus available. But the two don’t correspond and thus forming an accurate estimate of 
spending might be difficult. 

Again, as stated earlier (step 1), the lack of being able to allocate budget to needed sub- 
categories is not critical. Recommended practice is to combine labor, materials, design, and 
any other accounting distinctions into the single category that represents “building a 
feeder,” then breaking that up into components (poles, crossarms, etc., as discussed in step 
5), all sub-categories representing in concept their labor, materials, and all other costs. 


For “wide application” operations processes: a shortcut in step 4 


Particularly when considering Opex functions, it is common to find that one or more rows 
in some maps will have an X in just about every column. For example, within the Opex- 
CAIDI map, the sub-category, “Line patrolling” (sometimes called “Troubleshooting” but 
regardless including all efforts to identify where outages have occurred and the nature of 
each problem after a storm). Thus, in step 3, there will be an X within a wide variety of 
reliability-related causes or columns across this row: troubleshooting helps work down 
CAIDI for interruptions cased by pole failures, protection failures, automobiles colliding 
with poles, lightning strikes, etc. 

In such a situation, it is often preferable in step 4 to skip the gradation of each cell in this 
row and instead give an overall rating to the entire row: basically filling in the “Final Score” 
(column 5 for the row, in directly, and removing all Xs or grades from the 
row. Some processes that will be studied, such as an OMS system, may fall into two 
“parallel” rows (be represented twice), for example the OMS improvements could be listed 
once under “Storm Management” and once under “Non-Storm” activities. If useful, both 
can be carried through to the end (step 5) when the score for the two can be aggregated to 
obtain an overall process grade for its prioritization. 
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28.5 REQUIRED TOOLS AND RESOURCES FOR RELIABILITY PLANNING 


In order to perform reliability planning well, planners need four functional capabilities or 
resources. These are listed in Table 28.9 and discussed in turn below: 


Requirement 1: A Quantitative Predictive Reliability Analysis Method 


Planners need a “predictive” tool, something that can estimate how a change in the system 
or its equipment would change reliability. Invariably this method must apply some form of 
probabilistic analysis so that it can assess the multiple possible outcomes that planners face 
in dealing with failure rates and consideration of uncertain future conditions. Ideally, this 
should be a rigorous analytical method, one based upon a legitimate mathematical 
approach, well-implemented as program code and verified through adequate testing. 

The method should compute customer- rather than equipment-based customer reliability 
indices like SAIDI, not equipment outage or failure rates like hours in service or mean time 
between failures, etc. and [23] 23] discussed several different methods and their 
criteria that provide this ee of analysis, and the characteristics, advantages, and 
disadvantages of each. 

The method must evaluate by location and provide equipment-specific results. For 
example, it must be able to evaluate the effect of a switch or other equipment at a particular 
point in the system and compute the expected reliability at a specific location(s) in the 
system. This specificity is needed both so planners can identify and solve reliability 
problems, and so they can permit the "cherry picking" that drives up cost effectiveness, as 
was covered in section 29.3. Methods that apply generalized analysis (e.g., adding a tie 
switch to any circuit reduces its customer outage hours by about X%) are less useful. 

This analysis method must be as comprehensive as possible, taking into its consideration 
equipment type and condition, configuration, and operating parameters such as switching 
time, peak load, and duration, etc., and their interactions. It should be a system analysis 
method that looks at more than one facility or circuit at a time: ideally it should be able to 
evaluate a large portion of a system involving a dozen on more substations and a hundred or 
more circuits at one time. So much of reliability involves switching, application of 
contingency margin, and alternative sources and routes that a program limited to analysis of 
only a few circuits at once will be of very limited value. 

Finally, this analysis method and verification of its legitimacy needs to be well 
documented, for while this does not make it any more effective as a tool, planners should be 
well aware that all of their tools as well as the products of their work must be documentable 
for purposes of justification to management and regulators. 

Table 28.10 summarizes the key factors discussed above for evaluating and selecting a 
reliability analysis method for planning. 


Table 28.9 Four Required Tools for Table 28.10 Characteristics of a Sound 
Effective Reliability Planning Reliability Analysis/Planning Method 

1. Quantitative “predictive” reliability analysis Rigorous, legitimate mathematical analysis 
2. Well thought out reliability targets Customer-based reliability index 

3. Well thought out cost/spending targets Targetable, location-specific analysis 

4. A good load forecast with sufficient spatial Comprehensive breadth of analysis 


resolution to meet planning needs pts 
P 6 Well-documented procedure and verification 
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Usefulness of non-quantitative methods 


While rigorous numerical methods are best, any documented procedure for reliability study, 
even a less rigorous one, is better than none. Some utilities have made noticeable 
improvements in operating reliability and budget effectiveness using only “table-driven” 
reliability assessment methods. Such methods estimate reliability improvements based on 
broad categorizations of equipment types, loading levels, and types of configuration, and 
are not location specific. Their results are approximate, often given only in grade- or fuzzy- 
logic classifications such as “greatly needed” or “minor improvement only.” But they 
indicate direction and priority. But even if approximate, the method should be well 
documented, completely and unambiguously described as to method and application, and 
consistently used as documented. Use of such a method will provide consistent, traceable 
results and documentation for managerial and regulatory purposes. 

Such “approximate reliability analysis methods” are not as effective as rigorous 
numerical reliability assessment methods such as dynamic enumeration or Monte Carlo 
simulation. Planners should expect to gain only about half of the overall improvement in 
cost-effectiveness that is possible when optimizing with a rigorous method. However, the 
most important aspect of a reliability analysis method is that it provides a documented 
“hub” around which the utility can begin to build reliability-based procedures and 
organization. Over time, the utility can improve the analytical rigor of its hub analysis 
method. In the mean time it can get on with the change in culture, re-organization, and shift 
in values that a “reliability based” paradigm requires. 

In practice, all analysis methods have some limitations, some just much more so than 
others. Perhaps the real key to success is to apply a method whose limitations are 
understood and respected, and to not overreach. 


Requirement 2: A Reliability Target 


Planners must know what reliability targets they must achieve. Whether arbitrary or 
determined by detailed procedure, a reliability target must be set for any meaningful 
implementation of reliability-based or risk-based planning. The target’s key aspects are: 


Customer basis (on a per customer or per kilowatt-hour basis). The utility’s job is 
to provide reliable service, so the reliability targets should relate to this. Targets 
should be defined and measured on the customer level (e.g., SAIDI), rather than 
on the system level (e.g., substation availability). 


Tight definition of what reliability means. Reliability targets must be 
unambiguously identified, including numerical metrics for frequency, duration, 
and anything else used, defined precisely how they are measured. Multiple targets 
are common (e.g., predicted duration of interruptions = 100 minutes, predicted 
number of interruptions = 1.4, predicted standard deviation of interruptions = 34 
minutes, etc.). 


Correct definition of what reliability means. In terms of procedures and the 
process (organization, skills required, and work flow) it is important only that the 
targets be well-defined, understandable, and reasonably simple to communicate. 
But, in terms of results, a utility should make certain it has aimed at the correct 
target, because a well-managed reliability-based process will achieve the goal. 

As an example, a utility in the eastern United States targeted only SAIDI as its 
metric. Over a five-year period it worked SAIDI down from about 134 minutes 
average to about 115 minutes with a predicted continuing trend to 100 minutes in 
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another three years. However, during this same period, SAIFI increased by 11% 
and was predicted to continue to worsen to roughly twice what it had been. At 
least among its industrial customers, SAIFI was at least as important as SAIDI. 
But SAIFI was not targeted, and attention paid to SAIDI meant it received less 
attention than in the past, and thus it worsened. 


Quantitative. The targets must be quantitative, not as much so they will be 
accurate (computations may still be approximate) but so that any gap between 
actual and targeted reliability can be measured and progress (or lack of it) tracked. 


Specific and general application. The reliability target must be applicable to both 
individual customer sites, circuits, or smal] areas of the system and whole regions 
or the entire system. For example, although the “S” in SAIDI means “system” and 
its implication normally is that it means the average interruption duration for the 
entire system, SAJDI can be computed for the customers in any region, on any 
circuit, in any neighborhood, or in any group or class of customer. 

A common barrier to fully attaining this goal is a lack of good spatial 
resolution in the utility data. In order to compute SAJDI, or any other customer- 
count related index for a circuit or area of the system, planners must have the 
appropriate data for the circuit or area. An example would be computing CALC] 
(Customer Average Load Curtailment Index), which requires data on the amount 
of load interrupted. If this is not available for a branch or area, then it cannot be 
computed accurately (although it can be estimated). 


Actual implementation of reliability targets often involves the use of formulae and 
“target discounts” as covered in Chapter 6| In particular, the reader is reminded to 
study equations 6.2 and 6.3, and the basic ideas behind them, of merging several 


indices into one penalty factor and of using targets to discount benefit once a particular 
level has been reached in a part of the system. 


Requirement 3: An Unambiguous and Complete Financial Basis 


In order to optimize reliability/dollar, planners must have a specific definition of what 
dollars mean, just as they had to have a specific definition of reliability and their target. 
Both denominator and numerator must be well-defined. 

As was the case with reliability, it is quite important that the definition of cost also be 
well defined, unambiguous, understandable, and simple to communicate. Nearly any type 
of cost basis can be used: initial cost, annualized cost, net present value, cash outflow — the 
basic concepts covered here can be made to work with any of these as well as many other 
bases and definitions of cost. One definition is not materially more difficult to use than most 
others. 

And, as was the case with reliability, it is important that planners make certain that the 
definition supports their goals. For example, if they intend to justify reliability 
improvements on the basis of societal cost of outages, then they need to be able to 
determine the cost of societal outages in the same coin used to measure other costs."° 


'S The author is not suggesting that societal cost be used in reliability-based engineering. It is one of 
the “costs” that is most difficult to accurately assess and about which a good deal of disagreement 
will exist. Although societal impacts of power interruptions are real, and often quite significant, they 
are difficult to translate into dollars. Often it is best to find another process or procedure to address 
these impacts and include their importance in a rehability study. 
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Requirement 4: An Appropriate Load Forecast — The “Other” Q Target 


The expected reliability of a system decreases rapidly as peak load level and/or the time 
the load is at peak increases: what may be a reliable system for a regional peak load of 
424 MVA may prove very weak when serving a peak load of 464 MVA. Therefore, a 
credible forecast of future loads is needed as the basis for any reliability-based planning. 
Poor forecasting was identified as a contributor to the major system interruption events 
that occurred at many utilities in the late 1990s and early 21“ century. Points that 
planners need to keep in mind are summarized below. Willis (2002) gives much more 
detail on these three important aspects and how to engineer them: 


Weather and its impact. Normalization of forecasts to standard “design weather 
conditions” is strongly recommended (i.e., designing to one-in-ten-year weather, 
two-in-fifteen, etc.). Some utilities do not use weather criteria. Others set their 
Criteria too low: designing to average weather means the system will see loads 
above its design criteria once every other year. But other utilities set criteria too 
high: one-in-twenty-year criteria means money is spent on capacity that may be 
needed only twice during a nominal forty-year service lifetime. | Chapter 27 section 
27.2 provides a summary of weather design criteria. 


Spatial resolution. The “where” element of a forecast is critical to both proper 
capacity planning and good reliability. This is provided by a small-area forecast 
that gives a distinct projection for each of many small areas in the region being 
planned. Small area size must be sufficient — planners need enough knowledge of 
the locations of demand and growth to site equipment and arrange routes and 
backup pathways. Use of smaller size than needed merely increases the work 
required. A rule of thumb is that the small area size needed is about one-tenth of 
the average service area size of the equipment or facilities being planned (planning 
distribution suburban substations with an average service area size of about ten to 
twelve square miles would require a forecast done on a one square mile basis. 


Duration at peak (hours per year) and duration of peak (consecutive hours at 
peak) are important aspects of load behavior that ideally should be addressed. 
Various end-use and load curve related forecast methods provide documentable 
and fairly dependable forecasts of these values. In many cases, forecasts based on 
load duration curves, which provide details of time at peak, time at near peak, etc., 
but not duration of peak, are sufficient for reliability planning purposes. Duration 
of peak is needed only for detailed studies of transformer emergency loading (e.g., 
166% loading will be needed for no more than 3 hours versus 4, 5, or 8 hours, 
etc.). Coincidence of load among different area and equipment loadings also needs 
to be addressed, but this is typically handled within the forecast algorithm. 


Build a Good Procedure and Process Around the Analysis Method 


Planners need to have a well-documented and very structured procedure for planning. This 
means both very specific ways of defining, analyzing, evaluating, and comparing options 
as well as a definite organization and process for going about their planning 
efforts and documenting their results and the justification for the spending they recommend. 
Essentially, they need to build a “machine,” an organized, institutionalized process to apply 
the reliability method they select toward the targets and values their company has selected, 
all backed up the with appropriate guidelines and procedures and tools. This area of focus is 
not technical in the narrowest sense, but it is quite important. 
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28.6 “EQUITABLENESS” ISSUES IN RELIABILITY OPTIMIZATION 


This section covers a set of thorny issues related to the “equitableness” of reliability and 
spending at a utility, and how “fair” or “equitable” it is to all customers. These issues are 
often worrisome and occasionally become controversial, so both planners and management 
at a utility need be aware of them and understand the possible policy avenues their company 
could take with respect to addressing them. There is no one “correct” approach to these 
issues, nor any recommended policy that covers all situations, other than that these issues 
sometimes need to be addressed carefully and with great sensitivity from the technical, 
financial, and particularly the political perspectives. 

As will be discussed below, both spending and reliability vary throughout a utility’s 
system. The question is how “fair” a utility’s policies with respect to these variations in 
spending and reliability are for customers in one area of the system versus another. As 
background, the reader is referred to the discussion in section 21.2 on unavoidable (natural) 
variations in reliability throughout a power system, and the discussion later ro See 
on the reasons why a utility might vary the rates it charges in company with different levels 
of reliability it delivers to different areas of its system (tiered reliability). 


The Equitableness Policy Conundrum 


There will always be areas within any utility’s system where, for a host of reasons that are 
not under its control, the cost of reliability will be higher than in other areas. Does it spend 
more in these areas in order to give all customers in all areas the same reliability? If so, it is 
spending in a non-equitable manner, effectively taking money from customers in “ow cost 
to achieve good reliability” areas to spend on serving customers in the “hard to serve areas.” 
Alternatively, it can choose to spend in proportion to revenues collected or on a strict “per 
customer basis,” in which case it is providing less reliability in hard-to-serve areas as 
compared to easy-to-serve areas. Finally, it could decide to charge more in the higher-cost 
areas and spend more there, too, regionalizing or “‘tiering” its rates on a reliability basis. 
What policy is best, and what is “fair’’? 

An example involving two regions within one utility system is displayed in [Figurel 
to both demonstrate the issues and compare alternative approaches that a utility can 
take to address “fairness.” The data shown are based on an actual utility case from the west 
central U.S. This particular utility had a corporate goal of achieving a 100-minute SAIDI, 
and undertook a program with the author as an advisor to optimize its spending for 
reliability. The data shown represent its two operating divisions — North and South. Both 
divisions have nearly identical customer counts, kWh sales, and revenues. In this example, 
various options for improving reliability (like those in|Table 28.1|) have each been evaluated 
and “stacked” in an optimal manner (similar to]Table 28.2) for each region, producing two 
optimized reliability- versus-spending curves similar to that shown in 

But while the North and South regions have nearly the same number of customers, they 
vary greatly in terms of geography, customer density, demographics, system design, and 
climate. Not surprisingly then, the cost-versus-reliability curves for these two regions are 
far different. The curves for each region (equivalent to that shown in Figure 28.2 for the 
example used there) are plotted three times in Figure 28.15. The curve for a particular 
region is identical in each of the three diagrams, only the points of selection differ among 
the three plots. 

As has already been discussed, due to differences in geography, demographics, weather, 
age and type of equipment, and different circuit designs/voltages used in these two utility 
regions, their SATDI-versus-spending curves differ quite noticeably. There are inherent 
differences in both potential for reliability and effectiveness of various improvement 
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Case C — Equal Cost Effectiveness By Region 
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Figure 28.15 Three ways the utility can select to spend money to achieve its target 100-minute 


SAIDI in “an optimal manner,” as discussed in the text. 
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mechanisms between the two regional systems. Area-to-area differences like this are quite 
common; in fact they should be expected within any large utility system. 


Options for Allocating Spending to Regions 


The use of optimization (see|section 28.2) produces three alternative plans whose Pareto 
curve selection points are diagrammed in These plans would save the utility 
from $5 million to $11 million over its past spending patterns, depending on which it 
selected. Each plan “optimizes” reliability spending by prioritizing its spending on the basis 
of bang-for-the-buck in the manner summarized in section 28.2. The differences among 
these various plans are in the goals that the utility would set for or the constraints that it 
would apply to its reliability spending programs. 

The first approach the utility could take, Case A (top of Figure 28.15), calls for it to 
spend an equal amount per customer in each region while aiming for a utility-wide 100 
minute SAIDI — i.e., an average of the SAIDI for its two regions. As shown at the top of 
Figure 28.15, the circled points on the two plotted lines indicate the utility would spend 
$28.5 million on each region (remember, the two regions have the same number of 
customers, so this is “equitable spending”). It would obtain 90 and 110 minutes of SAIDI in 
the north and the south regions, respectively. Since the two regions have the same number 
of customers, expected system SAIDI would average to 100 minutes. Total cost is therefore 
$57 million, and its target of 100 minutes is achieved, with a regional range of deviation in 
SAIDI of + 10% of system average. 

Another plan, what might be called equal reliability per customer, is shown in the 
middle plot of the figure, for Case B. Here, the circled points show that the plan targets the 
same 100 minutes SAIDI in each region. To attain this goal with optimized spending, the 
utility will have to spend $23 million in the north and $31 million in the south for a total of 
$54 million. This total represents a savings of $3 million (about 5%) over case A, with a 
bonus of equitable service quality. The system SAIDI target is achieved, and there is no 
regional deviation in SAIDI, but spending is quite “‘non-equitable:” the utility spends 24% 
less per customer in the north as compared to the south. 

This utility can achieve a system average of 100 minutes SAIDI at an even lower cost as 
shown in Case C, the bottom plot in Figure 28.15. There it allocates money to the two 
regions based on the marginal cost of reliability in each region, settling on points that have 
the same slope on each regional curve yet average to its target SAIDI. The circles for Case 
C indicate points that have the same incremental slope (cost effectiveness) and that average 
to 100 minutes SAIDI (112 and 88 minutes, respectively). The utility spends $18 and $33 
million respectively in these two regions. This is a total of only $51 million, achieving a 
further savings of $3 million. System SAIDI is 100 minutes, regional deviation in SAIDI is 


Table 28.11 Comparison of Three Approaches to Achieving 100-minute SAIDI 
Case Approach SystemSAIDI Spending Difference Reliability Difference Extra Cost 


Base No optimization 100 min. 5% 18% $11 million 
A Equal spending 100 min. 0% 20 % $6 million 
B Equal reliability 100 min. 23% 0% $3 million 
Cc Lowest cost 100 min. 45 % 24% zero 
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+ 12% and spending is quite inequitable — there is a 45% difference in spending per 
customer between the two regions. 

Case C could be described, if one wanted to put a good “customer-relations” spin on it, 
as a policy of “going just as far” for each customer in improving reliability: ultimately the 
utility stops spending on reliability in each region at the same point (slope) of cost 
effectiveness. But frankly, Case C is really all about a policy of reducing overall cost as 
much as possible while still attaining the overall goal (100 minute system SAIDD. It 
reduces overall spending, as compared to the other cases, by taking budget from the region 
where reliability is “more expensive to buy” and spending it in the region where reliability 
can be bought more cost effectively. From a strictly overall system cost perspective this 
makes sense: it lowers the cost to achieve the 100-minute mark. But it exacerbates 
differences in the reliability and spending for the regions. 

compares these three cases to the base (plan and expected results before an 
optimization project was undertaken). All three optimized plans achieve a 100 minute 
SAIDI. All three represent the use of “optimization” (section 28.2) to get the most “bang for 
the buck” in reliability, and all were optimized using the same sorted list of cost-effective 
projects, i.e., planners only had to evaluate and sort each region’s options (as in 
one time, and the lists could be used in all three cases. 

But the cases differ as to policy — how optimization will be used. They differ in the 
constraints that the utility’s policies put on its spending and reliability results. Case C has 
no constraints, and thus achieves the lowest cost. Case B requires that the utility achieve 
equivalent expected reliability between the two regions. Case A requires equivalent 
spending on the two regions. Both A and B cost somewhat more, even though they are 
optimized, because those constraints limit the savings that can be generated by buying 
reliability where it is most cost effective to do so. 


The Conundrum Can Not Be Avoided 


In any situation where there are differences in “the price of reliability” between two or more 
regions, or areas of the system, or classes of customer, at least one of the three factors — 
spending, expected reliability, or cost-effectiveness — will have to be non-equitable among 
the regions, areas, or groups. There is no way to avoid it. The utility can decide to plan so 
that expected spending or so that expected reliability will be equitable, but it cannot make 
them both equitable at the same time. Alternatively, some utilities take an interim, middle 
of the road approach (everything is a bit inequitable). Many others simply minimize cost, 
even if that means inequitable spending and reliability levels. There is no “correct” policy 
or answer to this conundrum. What is best depends on the specific situation, and the proper 
answer for any situation is more of a philosophical issue than a technical one. 

It is worth noting that option C — minimizing overall cost — which exacerbates un- 
evenness in both spending and reliability, is often the proper course for the utility to take, 
despite the resulting “inequity.” While “fairness” and “equitable treatment” of customers 
are important, a cornerstone of utility regulation is least cost management: the utility is 
expected to reduce its costs as much as it can. It is also expected to be “fair,” but based on 
Table 28.11 one can argue that being “too fair’ costs the utility, and thus its ratepayers, 
between $3 and $6 million in this example. Case C in achieves the overall 
lowest cost, even if it does produce more “inequity.” The author’s perspective is that 
generally a utility will want to minimize costs, but that it will also want to be aware of and 
sensitive to any “inequities” (real or perceived) that this policy might create, and back off 
from strict optimization if the problems they cause become too onerous or burdensome. 
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An Important Point About Optimization 


Case C in |Figure 28.15] demonstrates what has been said about optimization at points 
throughout this book. If used correctly, optimization gives planners what they ask for (100 


minutes SAIDI at the lowest possible cost, in this case) but often “sacrifices” or simply doesn’t 
respond to attributes or criteria not explicitly given to it. When overall cost is optimized in 
Figure 28.15 and the resulting plan does minimize cost, saving roughly $11 
million but creates more “unevenness” than previous policies (the base case) did and more than 
two other very sound (but more expensive) “optimized” policies (A or B) would. 

This example is not meant to imply that optimization always has a “bad side” (Plan C, 
despite its unevenness, was accepted and implemented by the utility). The reader should also 
not assume from this example that optimization always creates very uneven results ~ it may not. 
But this example does demonstrate how optimization can and will “ignore” a potentially 
important aspect of a plan and why planners must always be on the lookout for such 
characteristics. This particular example also demonstrates one very general characteristic of 
optimization: achieving any subsidiary (secondary) goal (i.e., putting a constraint on the 
“answer’) will often drive up the cost. Achieving 100 minutes SAIDI and equal reliability in 
both regions costs the utility $3 million more than achieving 100 minutes SAIDI without any 
constraint. [t also shows why planners sometimes need to pay attention to outlier metrics that 
measure the unevenness or statistical distribution when doing reliability studies and plans for 
their system (e.g., [Fable 28.7). 


Precedents for “Non-Equal” Spending or Results 


One additional avenue that the utility facing areas with different reliability cost could take 
would be to charge a higher rate in the more-expensive region to cover the higher costs it 
incurs there. It could then afford to spend more in that region while still being “fair” about 
its spending. There is an element of common sense and fairness about that approach. 
However, it does not avoid the problem completely, and it flies in the face of some 
institutionalized regulatory policy within the industry. 

Charging different rates for service in these two regions would not entirely avoid the 
problems discussed above. Planners would see a similar difference in the cost of reliability 
and hence face these issues in perhaps slightly smaller measure the first time they looked 
inside each different rate region in more detail: there would be sub-areas within each that 
differed in cost of reliability and which created a situation qualitatively identical to that 
shown in Figure 28.15. 


Limits to differences in revenue/spending per customer 


One reason that utility regulation and monopoly franchises were originally created and used 
in the power industry was to avoid having utilities either refuse to serve customers that 
could not be served profitably at reasonable rates or charge the high rates that covering 
those high costs would dictate. A working concept within utility regulation is that to some 
extent rates are determined by averaging costs over large groups of customers. The “some 
extent’ raises all sorts of issues that are beyond the scope of this discussion, but an 
obligation to serve means the utility must serve all customers, not just those that are easy or 
“profitable” to serve at its regulated rates. Those rates are supposed to be based on an 
evaluation of all of its costs (for both inexpensive and expensive to serve customers). 
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Thus, utilities and their regulators have long held that expenditures per customer do not 
have to be exactly proportional to revenues per customer and in fact should not be.'® One 
way to look at any situation like that is that one group — the group for which 
spending/revenue ratio is not as high as the other(s) ~ is paying more than its “fair share” of 
the total cost of the power system and thus subsidizing the service cost for the other 
group(s). A rule-of-thumb of 15% is often accepted as a reasonable and maximum “rate- 
class cross-subsidization” (inequality of spending versus revenues between one large 
class of customers, such as industrial, versus another, such as residential). This is typically 
applied during rate-making to set the limits of tolerable differences in spending/revenue 
ratios on a rate class basis — e.g., the ratio of costs to rates charged is allowed to vary 
somewhat from one class to another. This informal 15% rule of thumb is often interpreted 
as a total range: cost/revenue for all rate classes must fall within a 15% range (+7.5% high 
and low). On the other hand, the author has seen cross-subsidization differences that 
amounted to close to +25% between two classes of customer that were accepted or at least 
tolerated by all concerned. 

Beyond this often-tolerated margin of differences among large classes or groups of 
customers, there are far more dramatic differences among customer costs when evaluated 
on an individual-customer or detailed small-area basis. For example, depending on the way 
one analyzes “cost to serve,” there is anywhere from a 3:1 to more than a 25:1 difference in 
the cost of power delivery among individual customers in a typical electric utility system 
(see Figure 16). The prevailing regulatory paradigm does not call for or recognize such 
detailed, almost customer-by-customer cost analysis, or typically support its use. Thus, that 
type of detailed analysis is seldom done. Beyond that, there are real questions about how 
such costs are to be “fairly” computed to that level of detail, questions which have much to 
do with the final results (i.e., whether there is a 3:1 or a 25:1 variation). Regardless, 
whenever delivery costs are evaluated on a high-resolution geographic basis (comparison of 
one locale to another) in any power system, significant differences in spending will be seen 
to be necessary and unavoidable. 

Further, as noted earlier there are unavoidable differences in the reliability that 
customers receive in any system that are a function of variations in local conditions as well 
as a consequence of the way power is delivered (some customers will be near the 
substation, some must inevitably be at the end of a distribution feeder, no matter how the 
system is laid out). But there is a significant and very fundamental difference between the 
15% margin cited above and these differences in cost and reliability among individual 
customers or small areas of the system. The “natural and unavoidable” differences in cost 
and reliability (i.e., some customers are near the substation, some are at the far end) are a 
consequence of the way power must be delivered, and are truly unavoidable.'’ By contrast, 
the 15% range (or whatever range is tolerated) is a difference created by design or policy. 


16 See [Philipson and Willis, Understanding Electric Utilities and De-regulation, Chapter 8, 


particularly the discussions on pages 180 and 191. One cornerstone of the regulated utility monopoly 
franchise concept is obligation to serve: in return for its franchise a utility agrees to serve all 
customers, not just those that are profitable to serve. This implies that its rates will to some extent 
average costs over customer sites that are inexpensive to serve and those that are expensive (and 
unprofitable) to reach. 


’ This is a very thorny issue upon which a good deal of detailed analysis can be applied only to 
produce even more issues to resolve. For example, a homeowner who chooses to build a home in a 
sparsely populated region (for the isolation), in the mountains (for the nature), on the edge of a cliff 
(for the view) has elected to live in a potentially difficult-to-serve location. Shouldn’t this person pay 
all or some of the cost of service that their decision has produced? There is a difference between the 
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Regardless, a Policy Decision, Not a Technical Decision, Is Needed 


An important point from the discussion above is that there is a precedence within the utility 
industry’s institutions for accepting deliberate policies or design approaches that result in 
rather noticeable differences (e.g., 15% or more) in “spending per customer’ among large 
groups of customers. There has also been for decades a (often implicit) recognition that 
both costs and reliability vary greatly among small groups of customers if and when those 
are examined in detail. But these facts don’t relieve the utility of a (potentially) difficult 
policy decision with respect to reliability improvement and spending, they simply make it 
clear that certain “inequalities” are expected and will be tolerated. But what the utility will 
choose depends on its priorities, regulatory policy and preference, and perhaps constraints 
put on it by local conditions, politics, etc. 


Try to Avoid the Mess 


A most important point for planners to keep in mind with respect to this issue is that a 
utility can’t avoid some aspect of “inequality” among the regions it serves. Any reliability 
enhancement plan wil] have some unevenness or “inequality” in spending, or results, or 
cost-effectiveness. Generally, trying to be “scrupulously fair” will increase the overall cost 
(Table 28.1 1p. Inequalities in spending or expected reliability results often surface during 
the planning and evaluation of a reliability optimization study. Planners should be prepared 
for the possible questions these differences will produce. The resolution of any questions or 
controversy is not, strictly speaking, a technical matter: planners and engineers will very 
likely be asked to perform analysis for comparison purposes, but ultimately the utility’s 
management must make a policy decision, perhaps based on regulatory guidelines. 
However, one very sound, common-sense recommendation is that planners should be 
sensitive to and very circumspect with respect to these issues, and if no one brings them up, 
it is best to simply leave them alone. 


Use of Optimization Lowers Cost and Improves the Product in All Cases 


The example reviewed in this section is based on a case in which the utility ultimately 
implemented the least cost plan (C). By prioritizing its options on the basis of “bang-for- 
the-buck” (SAIDI per dollar) the utility saved $11 million from its previous “business as 
usual” approach. That plan produced some (in this case acceptable) unevenness in the levels 
of spending and reliability. It is worth noting that the utility’s prior (non-optimal) policies 
had also created unevenness in both spending and reliability (Table 28.11). 

The point is, reliability based planning and optimization yield considerable 
improvements in cost-effectiveness, regardless of the “customer fairness” policy being 
applied. Cases A and B in [Figure 28.15]and Table 28.11 are the minimum-cost plans that 
achieve 100 minutes of SAIDI with respective subsidiary goals of having equal spending or 
equal reliability. Case C is the minimum cost possible to achieve 100 minutes SAIDI, 
period. The application of reliability analysis tools and incremental B/C 
analysis and optimization (section 28.2) will always improve results — everyone 
will get more for their money even if that “more” is distributed unequally among groups or 
areas due to the way the utility chooses to implement its plans. 


natural and unavoidable differences among customers within a system discussed earlier and those 
created by the voluntary action on the part of this customer: while some utility customers have to 
find themselves at the end of a distribution feeder (simply because each feeder will have a far end), 
the homeowner who builds at an isolated location on the edge of a cliff in the mountains virtually 
guarantees he will be, through his decision. How does one distinguish between each case, and what 
is fair with respect to allocation of costs and reliability? 
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28.7 APPROACHES TO PLANNING AND SETTING RELIABILITY TARGETS 


Reliability Planning Approach 1: Traditional 
Planning Method (Perhaps Slightly Modified) 


If the utility elects to set its reliability target(s) based on its average past performance (see 
[Chapter 21, Method 1 for selecting reliability targets), it may decide to stick with the 
planning method and criteria that provided this performance level. Those criteria, in 
company with the traditional planning method they fit, will provide the traditional level of 
reliability performance. 

However, that traditional approach and criteria will also lead to traditional levels of 
spending, which is why few utilities are completely satisfied with this approach. Most 21° 
century electric delivery utilities need to reduce spending as much as they can while not 
negatively impacting reliability. To do so they will have to change how they build and 
operate their system. That implies they must change criteria as well as planning and 
operating processes. . 

Thus, the real question for any utility that decides to stay with a traditional or near- 
traditional planning approach and criteria is to determine if and how it will reduce costs 
significantly while keeping reliability at the targeted level. Generally, utilities that stick with 
their traditional methods try to modify or evolve their standards and planning practices to 
gradually reduce costs. While that approach is sometimes partly effective, it typically fails 
to deliver a sustainable combination of acceptable reliability and cost reduction. Approach 3 
(reliability-based guidelines), to be discussed later in this section, is the only approach the 
author has seen that both retains some of the traditional planning approach’s structure and 
methodology and also produces sustainable results. The distinction between that approach 
and the traditional planning approach is that here the traditional criteria are retained, too, 
perhaps with some adjustment, while the reliability-based guidelines approach “zero-bases” 
all criteria and develops the new flexible criteria justified solely on the basis of performance 
requirements for reliability, safety, and other critical corporate goals. 


Reliability Planning Approach 2: Reliability- 
Based Criteria and Planning Method(s) 


This approach uses reliability analysis and planning tools (Chapter 23) to plan and design 
the T&D system to an explicit numerical reliability target(s) such as specific SAIDI or 
SAIFI values, as were discussed in Chapter 21, section 21.3. The utility eschews hard and 
fast guidelines on design, loading, contingency margin, etc. Instead, elements of the system 
are designed so that the expected service reliability downstream (as seen by the customer) 
achieves an appropriate level of SAIDI, SAIFI, or whatever reliability index is used as the 
target. Effectively, reliability targets become its new standards of design. Cost is optimized 
to achieve this goal. 


Planning to reliability targets 


When the distribution planning is set up with this target-based paradigm, planning 
alternatives and projects are compared to a reliability target and cost is optimized. 
Deficiencies in the system ~ i.e., the reason to evaluate alternatives and plan changes — are 
detected during an annual (or perhaps every other year) analysis using both traditional load 
flow analysis and a reliability assessment method (Chapter 23). By scanning the future 
T&D system with these tools to determine if and where the system does not meet either 
traditional (voltage, loading) criteria or reliability (SAIDI, SAIFI, etc.) criteria on a circuit 
and/or node, areas that need to be studied and corrected are found. The reliability criteria 
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both form and usage, as was shown and discussed in Chapter 2] (see/Table 21.3). 

Projects to correct these deficiencies in both voltage and loading or reliability are started 
when a reliability deficiency (predicted) in the future system is detected. This is equivalent 
in process to the “trigger” step in traditional planning ~ using engineering tools such as load 
flows, etc., the future T&D system is scanned for areas/situations that do not meet standards 
(voltage, loading, etc) and each such instance triggered a project to evaluate alternatives to 
correct the situation. Planning alternatives for each project are evaluated against the 
reliability target in order to determine if the proposed alternative does the job. Among those 
that do, the lowest cost alternative is selected. 

This step is really only traditional planning, to which reliability has been added as a 
required design criterion of the planning step. If the utility is regulated in the traditional way 
(few are today), this may be the entirety of “reliability” or “modern” planning, and 
incremental B/C optimization of overall cost on a portfolio basis may not need to be done. 
But generally, modern utilities have financial constraints and concerns that go far beyond 
the traditional goal to just “pick the least-cost alternative in each case.”” These range from a 
desire to maximize return on investment, or maximize results within a budget, or minimize 
total investment, even if it can be put entirely into the rate base, or minimize 
penalties/maximize profit under a performance based rate system while meeting the 
required corporate reliability performance quota. 

In any of these situations, the planning process used ultimately pits projects against one 
another competing for budget dollars on the basis of their cost effectiveness. The tool used 
to optimize selection and results is incremental B/C evaluation and prioritization. Basically, 
all projects are evaluated on the basis of “bang for the buck,” then prioritized in order based 
on the bang-for-the-buck metric. Approval then moves down the prioritized list, with the 
highest rated projects selected first, and selection and approval moving down the list until 
some point is reached when the merit is no longer sufficient. 


used in this stage of the planning are really quite similar to traditional STE criteria in 


Use of the systems approach 


Among the subtleties of method that planners must decide are whether the various levels of 
the power system are to be designed on a true systems approach, or whether a level by level 
approach will be used. The most effective way to design a T&D system to a customer- 
service-level target, in terms of driving down cost and producing a tight (small variance) 
result with respect to expected reliability, is to design the system as a whole - with regard to 
all the interconnected levels — to only the customer-level target. With this approach, feeders 
downstream of a substation that have worse-than-average expected SAIDI, for whatever 
reason, would be designed to a lower SAIDI (higher reliability) than those emanating from 
a particularly reliable dow SAIDD substation. [Table 28.12]gives an example. The leftmost 
column in this table shows the nominal target for SAIDI by level of the system, the same 
values as were used in Chapter 21’s discussion of progressive reliability targets and criteria 
by level of the system (Table 21.3). The column immediately to the right shows the SAIDI 
contribution targets of the transmission, substation, feeder, and service levels that result 
from this “tapering” of reliability: 8, 12, 70, and 30 minutes, respectively. 

The four remaining columns show the actual expected target for four different areas 
of the system. Area A shows a “typical” substation in the system, which meets the overall 
progressive reliability targets. In general, over the system, the targets have been selected so 


that the purchased amount of reliability by level of the system is optimized in the sense of 
Tables 28.3|~[28.4 
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Table 28.12 Example of Progressive Reliability Targets and Actual Results for 
Four Substation Areas in a System Designed to 120 minute SAID] 


System SAIDI Target for Substation Area 
Level Target _ Level A B C D 
Transmission to substations 8 8 8 18 4 8 
At low-side bus, substations 20 12 12 9 6 10 
Primary Feeder Nodes 90 70 70 63 75 42 
Service Level 120 30 30 30 35 60 
Total 120 120.120 120120 


But this system approach varies from this norm where it makes sense due to need or cost 
savings. Substation area B consists of six substations in an area where the transmission 
system is a bit “weak” and where the cost of buying minutes of SAIDI reduction is quite 
expensive. Average actual expected annual outage time or transmission to this group of 
substations averages 18 minutes, ten above system nominal for that level. As a result, an 
additional 10 minutes are “bought” downstream, in this case 3 at the substation level and 7 
on the primary system.'® 

Substation area C consists of a single substation that is both highly reliable and located 
at a point in the system where transmission reliability of its feed is much better than 
average. As a result, the performance of downstream elements can be relaxed slightly, 
reducing costs, while still giving customers in that substation’s service area an average 
expected 120 minute SAIDI. Substation area D represents a common situation is some 
systems, the SAIDI contribution of the service level is much worse than average for that 
system level (in this case there are OH service drops and circuits and a lot of trees. One 
traditional approach, optimized in this case, is to move to a “lots of transformers” service- 
level design (see [Figure 19.4] for a comparison of service level designs), which is more 
expensive but keeps the exposure of this level down. (The other traditional approach is to 
just move to UG service, but that is more expensive yet in this particular case). Again, 
expected overall reliability as seen by customers is 120 minutes SAIDI. 

This type of planning approach requires considerable coordination among the planners’ 
efforts for the various levels of a utility. Good communication and mutual work to identify 
and work down level by level marginal costs are needed. A wider range of planning options 
will need to be considered. But this approach completely works the marginal costs of 
reliability as seen at each level until they are balanced, as was discussed with respect to 
In a practical sense, this achieves optimum cost for any level of 
reliability. 

Level-specific reliability-based planning 


A much easier planning mechanism, but one not quite as effective in terms of driving costs 
to an absolute minimum, is to apply reliability-based concepts on a level-by-level basis. 
Here, reliability-based planning principles are applied to each level, planned individually 


18 This was done by having a slightly lower utilization ratio in the substations in this area so that the 
EEAR at the substation level was 3 minutes better than average. It was accomplished at the primary 
level by using more sectionalizers and automated feeder-tie switches in key places. 
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without coordination with or regard for the reliability planning results and costs at the other 
levels. For example, the feeder level would be designed to a 70-minute target in all areas, it 
being assumed that the other levels will target and achieve as best they can their appropriate 
levels of performance. The transmission level would similarly be designed to an 8-minute 
level. No “tradeoffs” or synergy are developed. This is a much easier planning process to 
apply and manage. However, it does not drive down costs as much. 


A big change in focus, method, and processes 


This planning paradigm requires a bigger change from traditional practices than many who 
contemplate it realize. Done right, it is not a standards-based approach, nor is it really a 
project-based system: the process will generate “project requests” for approval and 
execution and it will adhere to “standards” for reliability, safety, and other projects. But it 
becomes much more of a holistic, systems approach in which planning can be likened more 
to the constant maintenance of a working system, in the form of small additions and 
changes, rather than a series of discrete additions. The distinction is subtle, but the required 
change in procedures, day-to-day focus, and attitudes is extreme. For that reason many 
utilities choose Approach 3 or 4 instead. Those address reliability and cost, but remain 
closer to the traditional approach 


Reliability Planning Approach 3: Reliability-Designed Criteria 
and Guidelines Within a Traditional Planning Approach 


The advantage of this approach, which can be considered an interim or “compromise” 
between Methods 1 and 2, is that it can be applied within a mostly traditional planning 
process, utilizing traditional planning tools, data, and skills, merely augmented and 
modified by only a few straightforward additions. Here, reliability-based analysis methods 
are used, but only in special, initial studies made to determine how to change (“optimize’’) 
design, standards, and planning guidelines to improve reliability/dollar performance of the 
system and the planning process. This method always is applied only on a level-specific 
basis (see above). 

The optimized criteria and guidelines are qualitatively like their traditional counterparts 
in that they specify the “solution” and not the result; they lay out the equipment types, 
loading limits, types of design and circuit configurations, switching, and so forth that 
planners will apply. Like those traditional criteria, they are applied within a traditional type 
of planning. 

This approach is not nearly as effective in optimizing the reliability/dollar performance 
of the system plan nor in getting as much reliability focus as possible out of the planning 
process itself. Like the traditional approach, it still accomplishes the overall goal — good 
reliability ~ by application of rules that reach that goal implicitly. It just applies better- 
designed rules. In practice this means it does not drive down costs as much as complete 
reliability-based planning, nor work as well in special cases of premium reliability design to 
a specific site. But despite that, a utility might decide to use this approach, at least initially, 
because it does not require nearly the new skills, re-organization, and new tools, IT, and 
data systems that reliability-based planning will require. These often take time to 
implement, and regardless of the time, the changes cost money. 

To take this approach, a utility picks selected parts of its system, forming a 


representative sample of its planning situations upon which it will do detailed study to 
develop new criteria.|Chapter 21} section 21.4, discusses the development of these criteria. 
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Reliability Planning Approach 4: Cost-Effectiveness 
Prioritization (Budget-Constrained Planning) 


As was discussed elsewhere and at the beginning of this section), 
the traditional utility standards-driven planning paradigm does not accommodate hard and 
fast budget limits. It seeks to mimimize cost, but this paradigm spends what is necessary to 
achieve its standards. 

In many cases, a utility may be forced to cut capital costs. Reasons for a capital 
spending cap could be that the utility only has so much cash, period. Or its executives may 
wish to spend (borrow) less in order to lower their company’s debt/equity ratio, or they may 
wish to achieve certain investment goals which mean that money spent on anything less 
than a very high payback project will not meet their objectives. Regardless, the situation for 
the planner is the same: there is a limited pot of money, and it is less than that required by 
traditional planning methods (i.e., it is not enough to build everything on the project list 
prescribed by the traditional planning method). 

This “budget-constrained” approach to planning is somewhat similar to Approach 3, 
above. Both work largely with traditional tools and methods, but evaluate on the basis of 
“bang for the buck.” The distinction is that method 3 is focused on achieving reliability 
goals, while this approach is primarily aimed at cutting spending or living with mandated 
spending cuts, and not at reliability. To it, reliability is the only factor used to assess which 
spending cuts come first (those that don’t impact reliability as much). While the functional 
method (prioritization of the basis of reliability per dollar) is similar between the two 
methods, budget-constrained planning usually has fewer changes to standards and method. 
Planners can still work largely within their traditional planning framework, within which 
they modify parts of their procedures so they prioritize projects on the basis of “bang for the 
buck.” Management then approves projects from the top of the list down, until the money 
runs out (as in[Table 28.2). This prioritization of projects and “selection from the top” will 
accomplish as much as can be done within any budget limit. 


Improving cost-effectiveness 


A “traditional” utility facing no significant budget constraints may still want to prioritize 
and “optimize” anyway. That approach will improve cost effectiveness. Any utility wants 
the best bargain it can find. Generally, utilities can achieve superior equitability of 
reliability and lower cost by optimizing on the basis of bang for the buck in reliability. For 
this reason, even if a “traditional approach” is used, it is best to modify it with the use of an 
iB/C type of portfolio selection for projects, based on reliability, in order to help attain 
corporate spending-reduction goals. 


28.8 ASSET MANAGEMENT 


Asset management is a management paradigm that structures an organization’s attention 
and efforts on the physical equipment (assets) and investment (money — another asset) that 
it owns or controls, and the lifetime optimization of their use. The term itself and many of 
the concepts used in its implementation were borrowed from the investment community, 
where for decades “asset management” meant methods used to manage a portfolio of 
investments and risk in a sound manner. 

As applied by electric utilities the term “asset management” has many slight variations 
in meaning and application. However, invariably it means some sort of business-driven 
strategy, decision-making, and prioritization system. Asset management is, fundamentally, 
a business-based perspective and operational paradigm. In addition, asset management 
always includes a much closer integration of capital and O&M planning and spending 
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prioritization than was traditionally the case, along with tighter controls on spending, all 
aimed at achieving a “lifetime optimum” business-case for the acquisition, use, 
maintenance and disposal of equipment and facilities. 


What Are the Other Options? 


There are at least four “paradigms” around which a utility could center its management 
focus. These are cost, resources, assets, and customers. In general, every distribution 
utility (and every retail business) will focus at least part of its business attention and center 
part of its management effort on its customers (Table 28.13}. Electric utilities are no 
different. But in addition, one of the other three frameworks will dominate the 
management of its operations, investment and spending. 

Traditionally, almost all vertically-integrated, regulated electric utilities practiced cost 
management. This was (and still is) appropriate for a utility operating under a “guaranteed 
rate of return” regulation: the utility manages its costs; the regulatory process manages its 
profitability. However, as discussed elsewhere, modern regulation does not assure utility 
profitability, controlling cost, while necessary, is not sufficient for business success. Either 
a resource or an asset management approach can provide a sound business-basis that looks 
at more financial aspects that just cost. 

Readers who do not see the difference between cost management and the business-basis 
of asset management, can perhaps better appreciate the difference in this way. Traditional 
utility cost management focused on dollars as dollars and simply minimized spending. 
Asset management views money as something that can inherently perform (earn more 
money, provide results) and seeks to maximize the performance of every dollar spent, 
rather than to merely minimize the number spent. It represents a much more “financial” or 
“investment” mindset. 


Why Asset Management? 


Asset management matches the needs of many modern electric utilities well for at least four 
reasons. Furst, its very business-focused structure suits the needs of many companies in the 
de-regulated and “semi-regulated” portions of the power industry, particularly competitive 
power producers and independent transmission companies. But it also works very well for 
“wire companies” and local distribution companies. While these companies operate under 
regulatory oversight, as discussed elsewhere, that framework no longer guarantees adequate 
profitability. Modern regulation merely sets up an environment where a well-managed 
utility can make an adequate profit, and may include performance-based rates, a frozen rate 
structure, or long periods between rate reviews and a tendency to reduce rates even in the 
face of mild inflation. Then, too, asset management’s improved business focus helps these 
companies achieve improved financial performance, necessary because the investment 
community no longer considers utilities to be “that special” with regard to investment risk. 

Second, both a utility’s investment, and the service it provides its customers, are heavily 
tied up in its system — its assets. Electric utilities are very capital intensive businesses, and 
thus an asset-centered approach is appropriate, particularly when the financial performance 
of its investment (money spent on the assets) is a key business driver. Furthermore, 
although a utility’s resources (people and IT) are an important contributor to its service 
quality and customer satisfaction, ultimately its system (again, its assets) is the base upon 
which its customer service depends, so again an asset management approach provides an 
appropriate forum to manage performance. 

Third, asset management makes use of “bang for the buck” decision-making methods to 
optimize its business cases. Asset-centered prioritization of capital and O&M spending as 
described in this chapter and in[Chapter 6} is completely compatible with the asset 
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Table 28.13 Management Paradigms 


Basis Approach Metrics Typical Goal 

Assets Functions organized around Financial (“bucks”), Financial 
physica] properties and effectiveness performance of 
investment monies. (“bangs”) investment 

Cost Functions organized around Cost (for utilities thisis | Minimize cost 
tracking and minimizing of usually long-term PW metric 
costs. or its equivalent) 

Customers § Operations and focus on Customer service Maximize 
customer service or retail quality and customer “customer’s 
deliverables. satisfaction experience” 

Resources Organization and functions Productivity, or Maximize 
organized around resources resource efficiency productivity per 
(people, IT, “tools”). person or plant 


management’s needs, and fits well functionally within an electric utility’s planning, 
engineering, and operations functions. 

Finally, this entire approach is very appropriate for managing assets that have limited 
lifetimes. Asset management provides a very sound basis for considering and balancing all 
of the issues that surround equipment aging and their “lifetime management.” Thus, it fits 
not only the business but many of the new technical issues in the power industry as well. 


Risk Management 


As mentioned earlier, asset management methods were developed in the investment 
community and traditionally included a good deal of measured risk management and 
minimization techniques. Investors try to maximize performance (usually return on their 
investment while minimizing financial risk. Very analytical, methods are used in financial 
asset management including a good number of advanced probabilistic techniques. 

Asset management methods applied by utilities usually include appropriate financial 
risk assessment and minimization methods, but those concepts and their implementation is 
often expanded to include assessment and minimization of the risk of falling short of non- 
financial goals such as customer service, resource utilization, etc. Again, asset 
management is quite compatible with modern utility needs — its natural risk management 
capability fits well with targeted reliability and performance principles that many utilities 
must implement. Particularly when applied in concert with reliability-based planning asset 
management will include detailed and rigorous analysis of the probability of achieving 
specific goals, and will look at risk and how to control it from sources like the weather, 
with respect to both financial goals (weather causes variations in revenue) and service 
(storms can cause service problems). 


Asset Management — the Distribution Planner’s Perspective 


Asset management involves integration of three aspects of a utility’s decision making into 
one common basis, a basis ultimately driven by business strategy and priorities. These 
three aspects are its business decisions about its investment and spending, its priorities and 
policies for its use of its physical properties, and its priorities for policies about the care of 
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those physical properties. Implementation of those policies with respect to both usage and 
care (i.e., O&M) do not have to be part of this process, but the scope of, goals for, and 
direction of O&M is completely specified by the asset management structure. 

It is useful to consider that a utility has a number of “control loops” that it must execute 
on a continuous or cyclical basis in order to successfully meet its business and customer 
goals. Each “loop” consists of all the classic elements of a management or control loop: 
setting of strategy, goals and metrics; planning to achieve those goals efficiently; execution 
of actions or control based on the plan; tracking and measurement of progress against the 
plan; corrective actions and control when deviations from the plan or goals are detected; 
revision and contiuous improvement; and continuation into the next cycle with review of 
performance and perhaps a revision of strategy and goals. This loop is shown in Figure 
28.16. 

These loops are shown in a top-down managerial and temporal (cycle) structure in 
For the most part each loop serves as a means to execute the “plan” for the 
control loop above it, and provides the “orders” and determines the strategy for that loop 
below it in the hierarchy. For the most part each loop operates at a faster pace (shorter 
cycle) than the one above it. At the top, there is a business loop, usually executed on an 
annual cycle basis in which the company considers its investment and spending and 
controls its actions with regard to monies to achieve its financial goals. At the other end, 
there is a control loop for system operation, executed on a near real-time basis, that seeks to 
achieve efficiency and service with the power system. In between, there are loops that 
focus on the use of resources and the use of assets. 


Goals, targets 
Strategy 


Revise 
processes 


Develop 
plan 


Fix deviations 
from plan 


Execute 
the plan 


Monitor 
Performance 


Figure 28.16 A utility functions with a control or management loop of one form or another at every 
level of its operation, always including each of the functions shown in some form or another. Asset 
management integrates capital planning, determination of utilization standards and policy, and 
determination of O&M standards and policy into one loop that seeks to optimize lifetime asset value. 
See text for details. 
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Resources 
(O&M) 


Cycle: Yearly /Quarterly Monthly Weekly Hourly Real-time 


Figure 28.17 A utility’s functions can be viewed as a series of “control” or management loops 
operating with different cycle rates, each of which may look several cycles ahead but which serially 
repeats the functions shown in|Figure 28.16|in some way. The top and longest cycle loop focuses on 
business performance and operates with a quarterly or annual cycle. At the other end the utility 
maintains a continuous, second-by-second control that monitors and operates its power system. It 
operates across annual and down to perhaps a monthly time resolution. An electric utility also must 
have loops controlling billing and various accounting and other functions, not shown here, which are 
driven from the top, business loop. See text for details. 


Asset management is a structural organization of responsibilities, reporting, and control 
that includes some of the tactical execution of the business cycle loop as well as all aspects 
of the planning, policy determination and execution with respect to the utility’s physical 
asset system, which means that it overlaps somewhat onto the strategy determination, target 
setting, and planning of resource usage, since it sets targets and priorities for maintenance 
and care of the equipment. Asset management centers on the asset usage “control loop” 
and how it serves as a tool to execute the business loop’s plan and achieve that loop’s goals. 

It communicates with both the resource loop and the system operation loop with regard to 
priorities and goals. 


Big Differences in Philosophy and Approach 


To T&D planners, asset management means their company will undergo a philosophical 
shift in its concept of why the system exists and “what it is there for.” Under asset 
management, the system exists to achieve the company’s business goals. These include 
customer service quality and satisfaction, which are managed as target(s), but the focus of 
attention is on financial performance and business efficiency. Decisions about if and when 
and where to install new equipment, what type of equipment to install, about how to use 
and operate the system, and about how to care for new and old equipment, alike, integrated 
into a business optimization process. 

This is in great contrast to the traditional planning paradigm, in which most of those 
decisions were mandated, as far as planners were concerned, by criteria and guidelines 
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(“standards”). Those criteria and guidelines were for the most part designed to achieve 
satisfactory customer service and to produce equipment utilization that was compatible 
with reasonable business performance. But to planners they appeared to be: (a) very 
equipment and system specific (e.g., loading limits, voltage, etc.), and (b), technical, using 
their measures that related to equipment performance and which could be assessed with 
engineering tools such as load flows, thermal monitoring, etc. By contrast, asset 
management requires planning that is: (a) “purpose and price” specific rather than system 
or equipment specific, bemg measured in terms of business (dollars) and customer service 
(e.g., SAIDI) improvement, and (b) includes evaluation and analysis of non-technical 
aspects such as business case performance. 

Functionally, asset management brings three majors changes to the duties that T&D 
planners perform on a daily basis. First, in one manner or another there will be more of a 
“business case” approach in their work. That may be the overall driving force in the 
processes and system within which they work. Second, planning in an asset management 
organization is much more than just capital expansion planning. It includes a 
comprehensive and balanced integration of capital expansion (how much the utility spends, 
on what), utilization (how it uses what it has), and asset care (how it services and maintains 
what it owns). Planners will have to work with this broader set of considerations and their 
traditional focus (capital expansion) may find itself competing for, and occasionally losing 
to, other needs for funds. Finally, asset management will mean a shift to some form of 
“bang for the buck” prioritization system, in order to both optimize and to balance these 
disparate factors one to the other. This prioritization may be an implicit system of 
prioritization, in which cniteria and guidelines are revised and updated to reflect asset 
management’s priorities, or it might take the form of a very explicit and daily use of a 
spending prioritization system for all project, operations, and service planning. The former 
is somewhat akin to Reliability Planning Approach 3, discussed in the previous section, 
only extended to include business- as well as reliability-related factors. However, usually 
that is only an interim arrangement. Asset management, with its focus on both reliability 
and business needs, generally requires explicit “bang for the buck” prioritization at the 
project and program level to really be effective, such as the iB/C prioritization method 
discussed in Under asset management, prioritization’s “bang” is often exactly 
the same as it is in reliability-based planning —- one or more targets based on customer 
service metrics. It is the “bucks” that will differ. Asset management will use a business 
rather than a cost basis, or will evaluate cost within a constrained budget limit dictated by 
the business control loop’s financial planning. From the standpoint of their daily duties, 
there is often little difference to T&D planners between the use of a prioritization system 
within either of the two frameworks. 


28.9 CONCLUSION AND SUMMARY 


Building a potential for high reliability into a power system in the most cost effective way 
presents a challenge to even the best planners and the best utility organizations. Optimizing 
operations resources and policies to get the best performance possible from that system 
similarly takes attention to detail, good analysis, and careful prioritization. Table 28.14 
summarizes key points made in this chapter. Among all of this, six important 
recommendations for reliability-based planning stand out: 


1, Reliability at the customer level should be the abiding focus of planners. The end 
result is all that really matters, so system- and equipment-specific measures of 
reliability, while useful, should not be the major focus or tool used for 
prioritization of spending and resource allocation 
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Figure 28.14 One-Page Summary of Chapter 28 


Customer service reliability depends on the power delivery system’s ability to make continuously 
available voltage, of satisfactory quality, to meet the consumers’ needs. 


Modern emphasis on reliability has developed due to the increasing importance of continuity of 
service to all energy consumers, driven by technology which permits it to be measured and managed 
directly. 


The widespread use of digital equipment is often cited as the major reason for increasing emphasis 
on reliability. But while that has caused some shift in greater emphasis on frequency of interruptions, 
if the whole world were “analog,” electric reliability would still have grown in importance in much 
the same manner as it has to date. 


Three different approaches to reliability planning are the implicit reliability criteria approach 
(traditional), reliability-based planning (modern), and the reliability-based guidelines approach, which 
is a hybrid of traditional methods with criteria based on modern principles. 


Quantitative reliability targets are required for any type of effective customer service reliability 
engineering and planning. A utility can not manage toward good reliability unless it sets targets based 
on simple but sound reliability metrics. These should be customer based, unambiguous, and 
numerical, and fit both specific project needs as well as general (system review, etc.) applications. 


Reliability versus cost is the only real issue and the major challenge facing planners with respect to 
providing good reliability. Reliability can always be obtained by spending a lot of money. In any 
practical sense, “reliability” is all about obtaining the highest possible service reliability for a given 
amount of money, or spending the least possible to obtain a specific level of service reliability. 


Reliability and cost have a non-linear relationship. Reliability costs money and more reliability 
costs a lot more money. This is not due only to technical reasons, but mostly to practical fact: effective 
planners will always select the most cost effective options first, meaning what is left for further 
augmentation will cost more per reliability gained. 


Sometimes half measures deliver more than half results. “Cherry picking” improves B/C ratio. 


There are rare circumstances where a utility may not buy reliability on the basis of cost 
effectiveness alone. However, even in such cases, analysis of reliability versus cost is useful, to 
determine now “non-optimal” the decision is and perhaps to “bill” the excess to another goals. 
Reliability-based planning consists of integrating and using four concepts: 

1) Benefit/cost analysis: prioritize on the basis of, and maximize, “bang for the buck.” 

2) Incremental benefit/cost analysis: additional bang gained per additional dollar spent. 

3) Systems approach: reliability as seen by the consumer depends on the entire power system chain. 

4) Distributed reliability: often one part of the system can support another in contingencies. 


Intra-level reliability support deals with the inherent reliability of a particular level of a power 
system (e.g., the substations) and that level’s ability to tolerate contingencies in its own equipment. 


Inter-level reliability support deals with the ability of one level of provide support or “cover” 
outages and contingencies in another, as for example when a strong feeder level transfers load to other 
substations, thus “covering” the outage of a substation. 


Intra/inter-level reliability marginal cost matrices provide information on where the best 
“bargains” in reliability can be obtained for a given situation and provide a useful strategic tool in 
reliability planning. 


A quantitative predictive reliability analysis method is needed to do the most effective type of 
reliability-based planning. 


Cost of reliability will differ in different parts of a power system. This is inevitable and unavoidable. 
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2. Marginal, or incremental, benefit/cost analysis and prioritization of options based 
on “bang (reliability) for the buck (money)” is the best way to assure optimum use 
of money, time, and resources. 


3. The systems approach should provide the overall perspective. “Bargains” should 
be sought whereever and however they are found. The reliability of any one level 
of part of the system is not relevant to the customer, only the cost to achieve the 
end result: reliability at the end of the power system chain. 


4. Intra- and inter-level reliability improvement opportunities should both be 
considered in order to make certain the most effective use of system capability is 
used. Intra/inter-level marginal cost matrices put all of these opportunities into a 
useful context for planning. 


5. A straightforward budget-versus-reliability mapping process (section 28.4) can 
help accelerate progress toward reduced spending while maintaining sound 
reliability. 

6. There will always be some “unevenness” in reliability, spending, or cost 
effectiveness among regions or classes of customer in the system. Optimization 
can drive down costs but it some cases will exacerbate such unevenness. This is 
unavoidable to a great extent but not necessarily unacceptable. 


There are no miracle cures for a utility seeking to drive down costs while maintaining 
satisfactory reliability levels, or for those trying to minimize the cost of improving 
reliability. Reliability costs money, but responds to good talent intelligently applied, and it 
rewards perseverance and innovation with better performance at lower cost. A determined 
utility can make the job easier for itself by optimizing the use of its existing system and 
investment, and allocating its operating attention and focus where it will do the most good. 
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29 
Objectivity, Bias, and 
Accuracy in T&D Planning 


29.1 INTRODUCTION AND PURPOSE OF THIS CHAPTER 


Most people assume that the goal of all T&D planning studies is to provide an objective 
comparison of the various alternatives being studied, evaluating each without prejudice on 
the basis of its salient characteristics such as cost, reliability, electrical performance, and so 
forth. Many studies aim to do this. But not all T&D planning studies are meant to be 
objective in that sense. 

Some planning reports describe proponent studies, done to “make a case” for a favored 
option by using data and scenarios that are advantageous to one particular outcome. Such 
studies are appropriate in many situations, and in fact are a necessary part of many 
processes within the utility industry. Good proponent study reports “play fair” by using 
only “reasonably biased” data values and by employing sound methodology. Most 
important, they declare their nature or at least fully disclose their data and method, so that 
the reader can assess the reasonable of their proponent arguments for himself. 

In rare cases, proponent studies abuse the bounds of reasonableness, pushing the 
favoritism they contain to unrealistic limits. The worst of these unreasonable study reports 
contain deliberate attempts to disguise their nature; they are bogus studies that convey an 
appearance of objectivity while actually misleading the reader. Fortunately, such sham 
studies are rare, but the best of them are works of art in deception, designed to make 
discovery of their true nature very difficult. 

But by far the most common type of “biased report” is one that simply contains 
mistakes or inadvertent bias due to poor procedure, incorrect data, or unrecognized misuse 
of analytical results. It is quite unusual for a mistake or oversight in a planning study to 
affect all options and all aspects of the evaluation equally. Therefore, mistakes, particularly 
those that are not egregious enough as to create an obvious flaw in the results, produce an 
unintended bias in a report’s comparisons and conclusions. Surprisingly, this is often the 
most challenging bias to spot: bogus and proponent studies contain a pattern and purpose to 
their bias which provides a clue to their nature; inadvertent mistakes are essentially 
“random” and often very hard to find. 
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Know What to Look for, and Where to Look 


Good T&D planners, as well as any who use planning reports in their decision-making, 
need to understand how inadvertent bias (mistakes) or deliberate bias (favoritism to make a 
case for a particular option) can make their way into a planning study, and how to review a 
report to identify such mistakes and bias. This chapter discusses those characteristics that 
render a report biased or inaccurate in its analysis and recommendations, and presents 
guidelines for finding and correcting error and bias, even if hidden. 

For this purpose, section 29.4 contains a tutorial and a set of “rules” for adding partiality 
in an unseen way into a planning study, in order to disguise the resulting planning report’s 
biased nature. Readers may look at this as a primer on “how to cheat” in T&D planning. 
Yet the intent is just the opposite, for just as a savvy card player will study how one deals 
from the bottom of the deck before sitting down across from a known card sharp,’ so too 
should an objective planner be aware of the methods that can be used to heavily bias an 
apparently balanced evaluation in favor of, or against, one particular alternative. 


Focus on the Report 


Much of the focus of this chapter will be on the planning report and its contents, the formal 
documentation on the study. Plans are of little real value to an organization unless 
communicated, and the formal written report, shared with co-workers, colleagues, and 
management as one step in the implementation of any plan, is the means used to 
communicate results and recommendations. The report is where the plan’s basis, biased or 
not, is preserved. While bias is implemented in the planning study’s analysis and technical 
evaluation steps, the report is where it resides when all is said and done, and where any 
efforts to hide the study’s biased nature, if made, will exist. Therefore, any review should 
focus on the report, its documentation of method and application, and its recording of 
results, interpretations, and recommendations. 

This chapter begins with a look at the various purposes of planning studies in section 
29.2, reviewing when objectivity is the goal, as well as when and where biased “proponent 
studies” are appropriate and classifying planning studies by their purpose and type of 
objectivity or bias. Section 29.3 looks at sources of bias, whether due to inadvertent 
mistakes, unseen and undetected bias or oversight, or deliberate efforts made to favor one 
result over others, whether hidden or not. 

Section 29.4, the “tutorial on cheating,” then presents three “rules” for cheating and 
several corollaries to them, all guidelines of the type used by planners who are deliberately 
trying both to bias the results of their study and hide the fact that their study favors one 
outcome. It outlines how the rules are applied and how they interact to obfuscate objective 
evaluation of results, and what clues and where they leave them for a reviewer to find. 

Section 29.5 discusses the areas in a study or analysis that might include bias or 
mistakes, and why and what the impacts would be, and how to look for “mistake bias.” 
Section 29.6 provides several examples of biased studies, demonstrating key aspects of 
both the bias and its detection in a review. Section 29.7 then goes into more detail about 
reviewing reports for bias and mistakes, giving guidelines in a prioritized list of what and 
how to look for bias. The chapter concludes, in Section 29.8, with a summary of key points. 


The author has many friends who swear that this idiom is actually “card shark,” but the phrase derives 
from a 19th century definition of “sharp” as ‘“‘a self-professed or actual expert, particularly one with a 
flashy demeanor or involved in an unsavory activity.” 
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29.2 OBJECTIVE EVALUATION, PROPONENT 
STUDY, OR SIMPLY POOR WORK? 


Proponent Studies: Fair Use of “Bias and Assumptions” 


There are many objective planning studies done in the power industry, studies that evenly 
evaluate and fairly compare options with the goal of developing a completely valid 
recommendation based on the facts, and that are done using good data and sound 
methodology by skilled, experienced planners who meticulously check their data and 
results with care. But a portion of the planning studies one sees are not objective. Instead, 
they are proponent studies, done to “make a case” for a particular alternative or technology, 
for example distributed generation, or feeder automation, or perhaps just a new substation 
that planners are certain their company needs. 

Proponent studies are deliberately “biased” in favor of one alternative over others 
through artful, selective use of data sources, background assumptions, analysis methods, 
and/or scenarios, to make the “most convincing case possible” for the desired outcome. 
There is nothing unethical or wrong about a proponent study, if the planners clearly identify 
their work as such, if they make their case “fairly” (what is “fair” and “not fair” is one of 
the topics of this chapter), and if they provide clear and complete documentation in their 
report about their assumptions, data and data sources, and analytical methods. 

Proponent studies and the reports they produce are a necessary part of any industry. Few 
new technologies or new ideas, such as DG, automation, or compact substations could 
prove themselves and gain acceptance unless someone first made a convincing case for 
their use. Equipment manufacturers often sponsor proponent studies to make the best 
possible case for their product and widely distribute the results, touting the advantages of 
their innovation. Similarly, other parties with a particular perspective or goal regarding DG 
(or some other energy resource) will sponsor studies based on their view. Beyond this, 
people and groups taking either side in a controversial power system decision (for example 
a new transmission line through an environmentally sensitive area) need a mechanism to 
show the merits of their position. In all such cases, proponent studies provide their means to 
do so. 

Proponent studies, at least good ones, make an honest case for their perspective and do 
not hide the fact that they are making a case. They do interpret future conditions in the most 
favorable light, and use the best possible numbers favoring their preferred result. Such 
ploys are quite permissible (and, frankly, assumed by all those who look at the studies). The 
author’s experience is that it is through examination of the assumptions and data that go 
into a “fair” proponent study that one can best see the merits or disadvantages of a 
particular concept. They indicate how reasonable the case for the favored alternative is. If 
the assumed future conditions are quite unlikely, if the various data used are extreme or 
“adjusted” to unreasonable levels, then the favored option is probably not really viable. 


“Bogus Studies” — Deliberate Attempts to 
Disguise a Biased Study as Objective 


Unfortunately, not all proponent studies advertise the fact that they are trying to make a 
case for one particular option, or that they are anything other than completely objective. 
Instead, while heavily biased, they purport to be objective and the creator’s goal is to have 
them accepted as such. In extreme cases, unscrupulous planners will go to considerable 
lengths to hide the real purpose of their study and to disguise the various ways they biased 
the study so that their favored result “wins.” Throughout this book, such studies and reports 
will be called “bogus.” 
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Mistakes Usually Create a Bias in Relative Results 


In addition to bias deliberately introduced to favor a particular case, bias may have been 
introduced inadvertently due to mistakes made by the planners. And in an industry that is 
losing so much skill and experience through retirements and downsizing of technical staffs, 
it is not uncommon to see reports done by inexperienced planners who are not as familiar 
with the techniques nor possessed of a rich intuition and judgement as one would like — 
mistakes happen. For all these reasons, bias, intentional or not, often makes its way into 
planning reports. Few mistakes in data, interpretation of assumptions, or methodology will 
affect all alternatives and conclusions equally — thus most generate bias in some manner. 

Mistakes occur due to oversight or inexperience. Such mistakes include omissions or 
factors that need to be studied, use of inappropriate analytical method, or misinterpretation 
of results. For example, a planner unfamiliar with planning for generation may not include 
schedule-dependent factors for efficiency (heat rate) or maintenance needs in an assessment 
of DG, but use only constant factors for those. But even experienced planners can 
occasionally make a mistake and detect it in their own review. 


Mistakes due to “I know the answer” bias 


Experienced T&D planners, those who have expertise, vision and background developed 
during many. previous projects, can often “look at a problem” and determine the general 
nature of its best solution within a few minutes or hours of study. Often, this experience 
creates its own type of bias ~ one of expectation — which is self-fulfilling. Sometimes a 
planner will make an inadvertent mistake that supports an expected or hoped-for result, and, 
having obtained the result he expected, not really look for errors in his work before 
concluding its results are valid. This occasionally leads to very embarrassing mistakes 
(particularly for such experienced planners). Even the very best planners are occasionally 
surprised: a diligent study is made and a better solution is discovered than that expected. 

The author’s experience is that even the most accomplished planner’s initial intuition 
about the outcome of a T&D planning study will be wrong about 15% of the time. But 
regardless of whether this is true or not, and regardless of how any planner feels about his 
or her own capabilities, all planners should avoid limiting their studies to what they believe 
is the obvious answer, even when they firmly believe there is no other viable alternative. 
The very best planners always objectively compare and document a full investigation of 
their options when their goal is to be objective. This approach requires patience, discipline, 
and firm adherence to procedure, while avoiding any embarrassing mistakes. 


Categorization of Planning Studies by Type of Bias and Goal of Bias 


For purposes of the discussion throughout this chapter, planning studies and their reports 
will be categorized by whether they contain bias, as well as by the motive or cause of that 
bias, as shown in The definitions in Table 29.1 are consistent with the 
discussion and definitions of proponent study and bogus study given above. In addition, the 
term incomplete report will be used here for a planning study document that does not 
provide sufficient detail on methodology and data for a reasonable evaluation of the study’s 
legitimacy. Clumsy attempts at disguising bias might try to use an incomplete report as a 
means to avoid disclosing the report’s true nature. However, in the author’s experience, 
incomplete reports are more often a sign of haste and inexperience, an indication of poor or 
sloppy work rather than proof of deliberate bias. An incomplete report does not mean the 
study it documents is flawed or contains bias. It does mean that the report cannot be 
reviewed effectively until more information is forthcoming. 
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Table 29.1 Types of T&D Planning Study and Report 
Category Name Objective? Comments 


Objective Yes A planning study and report that evaluates all 
options on a consistent and “fair” basis and 
that uses a legitimate methodology without 
mistakes to determine all values. 


Flawed No A planning study and report which attempts 
to evaluate all options on a consistent and 
“fair” basis, but that contains unintended bias 
due to mistakes, inexperience, use of 
inappropriate methodology, or the 
inappropriate use of a correct methodology. 


Proponent No A planning study and its report that seek to 
“make a case” for a particular technology, 
project, course of action, or policy by 
studying it in the best light possible. Method, 
factors, and assumptions used are to the 
favored outcome’s advantage, but all are fully 
disclosed and within the “reasonable” range. 


Bogus No The result of “enemy action.” A planning 
study and its report that seek to “make a case” 
for a particular technology, project, course of 
action, or policy, and hides that fact so as to 
represent its results as entirely objective. 

Bias is introduced by using method, 
factors, data, and assumptions skewed so that 
it favors the preferred result. It may also 
include blatant alteration of analytical results. 
The report attempts to disguise the fact that 
the study is biased and represent the work as 
both objective and of very high quality. 


Incomplete Perhaps A planning study whose report does not give 
sufficient detail about method and data used 
for effective and full evaluation of the 
report’s legitimacy. Key assumptions are not 
fully explained, the description of 
methodology is insufficient to determine how 
the results were developed, and/or the set-up 
factors and key data variables are missing. 


Controversial YesorNo A report of any type — objective, proponent, 
bogus, etc. — that addresses a subject that is 
the focus of a good deal of attention, debate, 
and/or disagreement. Very often its results 
will be challenged no matter how objective 
they are and no matter how complete the 
report. See discussion on next page. 
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Objective or proponent studies can become “controversial” 


A T&D study and the project it recommends may become the subject of debate, even 
contentious debate, and considerable opposition if it imvolves expensive or esthetically 
disruptive recommendations. In any controversy, both an objective and a proponent study 
become “controversial.” Effectively, both are equal in some sense. The objective study 
becomes a proponent study for the objective recommendations its report makes. To 
“outsiders” and perhaps to those actually judging the reports, the objective report is no 
better and no worse than the proponent study — both present a case using arguably valid 
numbers and method, and each makes its recommendation. In the process of representing 
their “case,” each set of planners will have to defend their methodology, the basis for every 
number used, and justify the differences from the conclusions made in the other report. 

Many proponent studies “win” their argument because they are developed with an 
understanding that their mission is to win a controversial argument, whereas the utility 
planner’s objective report does not put nearly as much effort into “defending its case.” The 
lesson is: never assume an objective, even-handed study will be recognized as such. If one 
expects controversy or opposition, one must “armor plate” the report and prepare to defend 
its recommendations against heavy and “unfair” criticism. 


Was the goal of bias to change relative or absolute results? 


One important point about any biased study ~ proponent or bogus — is the purpose of the 
bias. Generally, biased studies fall into two categories based on the goal of their favontism. 
Many proponent studies seek to make a convincing case for (or against) one particular 
alternative as compared to other options: to alter the relative rankings of the reviewed 
options regarding performance, reliability, and cost, so that the favored alternative “wins” a 
comparison. Examples would be a study biased in favor of a particular substation site 
among several other sites, or in favor of DG over a traditional “wires only” approach to 
serving a particular energy consumer. In such cases, the bias may have been introduced 
either by improving the case for the favored alternative, or by reducing the case for one or 
more alternatives or by taking both approaches simultaneously. 

By contrast, a very different goal is to affect the absolute results of an evaluation with a 
goal of showing they are (or are not) viable, period. This is most often encountered in what 
might be termed “opposition” studies — for example those done to show that none of several 
new transmission line options should be built (e.g., none are good, none are needed), or that 
a particular project is not worth doing, period (it has a negative business case). In these 
cases, the bias is worked against a target or criteria rather than against the value of other 
options. Bias is somewhat harder to apply and disguise in these absolute proponent studies. 
This distinction between relative or absolute values, and how to use it in unmasking bias if 
present in a report, will be discussed in more detail in section 29.7, 


29.3 WAYS THAT BIAS MAKES ITS WAY INTO A T&D PLANNING STUDY 
Bias ls Seldom Due to an “Un-Level Playing Field” 


One way of predisposing a planning study to favor one alternative is simply to apply 
different rules and standards to the different alternatives. For example, measuring one 
alternative on a cost/kWh basis over a short (5-year) period, and another on a cost/kWh 
basis over a long (25-year or more) period will nearly always create a strong bias in favor 
of the alternative evaluated on the longer-term basis, because most power system decisions 
involve considerable up-front expense, and the longer term study will evaluate that against 
a benefit measured over more years. 
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But such blatant bias can stand little scrutiny. Therefore, even an intentionally biased 
planning study will almost always use “a level playing field” — applying what are 
apparently the same rules and evaluation formulae to each alternative, even if these rules 
are most favorable to one type of outcome. If one alternative is evaluated over a 20-year 
period, then all will be evaluated over a 20-year period; if one alternative is evaluated with 
a 9.9% discount factor, then all are evaluated with a 9.9% discount factor, and so forth. 


Inadvertent Mistakes 


Unintended mistakes, due either to unfamiliarity with the technology on the part of the 
planners or to enthusiasm and a lack of proper diligence in their work, often lead to bias in 
the reported results, rather than an “outright error” that is obvious.” It is rare that a mistake 
in procedure or data will impact all alternatives in a study equally. Thus, often simple 
mistakes in applying an analysis method or in setting up data lead to results that impact only 
one alternative or impact mostly one alternative. 

Bias or error created by a mistake can sometimes be quite blatant, partly because in. 
many cases no one looks for “big” or “obvious” errors. For example, in an energy 
efficiency and DG study the author audited in the 1990s, the planners had inadvertently 
used the reciprocal of the ratio of horsepower to kilowatts in converting mechanical to 
electrical power for oil field equipment. The proper conversion factor is .746 kW per 
horsepower. Through an honest mistake, the planners had converted kW to HP using that 
value’s reciprocal, 1.34. In this case, the mistake stood out clearly, due to the nearly 2:1 
difference it created (however, the planners never noticed it). 

Bias or error due to mistake is very likely to be caught in traditional types of T&D 
studies — those where the methodology and procedure are quite familiar to planner and 
reviewer alike. Both are practiced in such studies, and thus have a familiarity and intuition 
that will serve them well in avoiding mistakes (planners) and in finding them should they 
make it into the final report (reviewers). Mistakes are both more likely to be made, and 
more difficult to detect, in studies of new technologies like distributed generation or 
automation. First, the method will be new to both planner and reviewer; mistakes are more 
likely to be made due to a lack of experience. Second, usually a study of a new technology 
requires a much broader analysis than traditional power system planning, providing more 
areas for mistakes to occur and requiring more consistency among all factors in order to 
achieve legitimacy. For example, studies of distributed storage need to include both 
detailed data on load curves and on coincidence of load, factors need not be addressed in 
great detail in most traditional distribution system studies. Automation planning requires 
detailed assessment of switching, reliability, and a host of other “secondary-system” issues. 
(Here, “secondary” is used in its European power system meaning: the entire sensor, data 
communications, and control system that works with the power system, to monitor and 
operate it). Again, assessment of those details is not needed in plans that compare one 
“traditional” T&D alternative to another. Mistakes are more likely to occur there. 


“Enthusiasm Bias” 


On occasion, particularly with new technologies, the planners doing a study are proponents 
of, or opponents of, the new technology and have a vested interest in the study outcome. As 
a result they do not skeptically examine data and results that correspond to their 
expectations. For example, during the 1980s many electric utilities had a Demand-Side 


The reason is not that “outright errors” are not made. They are. But such mistakes result in large, 
usually very obvious flaws in the results, and are therefore caught by planners and removed. 
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Management (DSM) or Integrated Resource Planning (IRP) department whose mission and 
sense of identity was tied to conservation, load control, appliance efficiency, and similar 
responsible energy management programs. Such DSM groups identified with their mission 
and viewed their job as being proponents of DSM. In most cases, when these groups did 
“planning studies” to determine how DSM should be used, and how much it could (through 
peak reduction) defer T&D and central station expenses, they intended to objective. But 
their attitude meant they tended to accept as accurate analytical] results that contained errors 
from inputting incorrect data or due to misuse of analysis procedures if those results 
favored DSM. 

Such “enthusiasm bias” occasionally reached staggering proportions. In the mid-1980s, 
the author “audited” an electric utility’s DSM study that assessed the potential for water 
heater load control (a popular way of reducing utility system peak demand) to lessen the 
need for T&D capacity expansion. The analytical method was sound and had been applied 
consistently. But a check of the input data quickly showed that the expected peak load 
reduction from each residential water heater being controlled remotely had been 
overestimated by a factor of two. 

The utility’s DSM planners had had very limited test data on their system that indicated 
each controlled water heater would reduce peak demand by 550 watts. They rejected this 
data as inaccurate, and instead used data from a very thorough, respected, and widely 
published study that reported 1,100 watts reduction per water heater on another power 
system. With that twice-larger value of peak reduction in place, water heater load control 
looked like a very smart move. On that basis the utility committed to, and its utility 
regulatory commission approved, a major water heater load control program. 

In fact, the 550 watt figure obtained by the utility’s own survey was accurate for its 
situation. The 1,100 watt value from the other utility wasn’t “transferable” to their situation, 
something that truly objective planners would have stopped to consider. That other system 
was a winter peaking utility in a city that drew its water from a (cold) lake. Most water in 
the planner’s system came from deep wells, and was 15° F or more warmer. Households in 
the other system had nearly 60% more persons per household, and thus used much more 
water. In this case, while the planners did not mean to produce a heavily biased proponent 
study or mislead anyone, their favoritism for the particular plan they wanted (DSM) led 
them to neglect sound quality control measures. 


Deliberate Proponent Studies 
A fair proponent study lets the reader decide if it’s “fair enough” 


Reasonable proponent studies involve selection of set-up values (discount rate, planning 
period, context of “cost’”), data sources (future fuel prices, installation prices, O&M costs), 
and assumptions (future demand levels, failure rates, etc.) that will put the preferred 
alternative in the best light possible. They use the “best reasonable” performance 
characteristics for the preferred technology. “Fair” proponent studies may be biased, even 
heavily so. But they never cross the line into the use of unreasonable data or assumptions, 
and their reports completely disclose all values and assumptions. They may not advertise 
that “this study is biased in favor of this alternative,” but they lay out all the information 
where the informed reader can determine that through careful inspection. 


Bogus studies hide their bias to appear objective 


By contrast, bogus studies often use data taken out of context (e.g., using sea-level heat rate 
values for a micro-turbine distributed generator, even though the planners know it will be 
installed at 9,000 foot altitude), import data from other systems or studies when 
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applicability is questionable, or use speculative, experimental, or exaggerated equipment 
performance characteristics in place of verified values. Another trick is to apply 
approximate analysis methods where it is known that they will favor the preferred 
alternative. Occasionally, particularly when the required level of bias borders on the 
unreasonable, such studies will apply a “black box” analytical method, identified only 
vaguely, but claimed to be: (a) objective, (b) comprehensive, and (c) state-of-the-art. 
Usually, this “black box” method is not explained in any substantive detail, has not been 
used widely in the industry (and may very well have been “custom developed” by the 
planner’s doing the study), so it has no track record or verifiability. Regardless, the report 
will refer to the black-box method with a series of complicated technical terms (“hourly 
dynamic sequential Monte Carlo Pareto optimization using a heuristic Euclidean tensor 
search technique’) that provides no useful information about how the details were handled. 


29.4 THE “RULES” USED TO BIAS PLANNING 
STUDIES IN AN UNSEEN MANNER 


Planners who produce bogus studies are the electric planning equivalent of “card sharps.” 
They use a variety of techniques to hide their bias, so that the reports they produce are quite 
impressive and give an impression of great objectivity. The most accomplished of these 
cheats follow three simple rules which will be discussed below. But first an accomplished 
card cheat always puts a good deal of thought into what game he will play. Rules vary: 
some games may favor, or make easier to favor, certain results. 


Home Field Advantage 


Earlier in this chapter it was noted that even cheaters must use a “level playing field” for 
the evaluation and comparison of options, that they cannot apply different standards and 
conditions to some options and not to others. But some evaluation methods might favor one 
option more than others. Therefore, to the extent he can, anyone doing either a bogus study 
or an aggressive proponent study will begin by setting the conditions for his study and its 
evaluation metrics to favor this preferred outcome. 

This isn’t “cheating” in the literal sense, and it has an analogy in many sports, including 
baseball. Traditionally, baseball teams with power hitters (players who could bat a ball a 
very long distance) would set the outfield fences in their home field rather farther out than 
in most of their competitor’s fields. Their players could hit the ball out of their field, but the 
less powerful players on the other teams couldn’t do it quite as often. By contrast, teams 
with less hitting power would move their fences in. Their players now had more chance of 
hitting a home run and the closer boundaries gave the other teams’ power hitters little 
additional advantage (out is out: there are no extra points for “far out”). Teams had the 
right, within reason, to set their field boundaries where they wanted; but once set they were 
the same for both teams. The same “fairness” must apply to planning studies. 

Suppose that a planner wished to favor a project that calls for a large initial capital 
expense over options that have higher continuing annual expenses. He would do well to 
pick: (1) a long future evaluation period and (2) a low discount rate. The long period 
embraces many years of continuing future costs. The low discount rate means they have a 
higher impact than if evaluated with a higher discount rate. 

Beyond this, however, an aggressive proponent or a cheater can do a lot for his cause by 
carefully selecting and fine-tuning the performance metric — the actual measure or 
definition of qualities that is used to define “best.” For example, a person can choose to 
evaluate an energy efficiency program using the TRC (Total Resource Cost) or the RIM 
(Rate Impact Measure) evaluation of costs and benefits. As discussed in section 6.4, these 
two methods give different results. In some cases one will evaluate a program positively 
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and the other negatively. An artful proponent will study the situation for and against his 
favored options and select the method that provides the most favor. He will have to apply 
this to all options in his report, but by choosing the right context for the study he can 
provide a great advantage. 

In addition, a person might pick a performance metric on the basis of how much 
cheating it permits. For example, evaluating on the basis of cost alone permits the cheater to 
“fiddle” only with cost-related factors, but setting up a study so that benefit/cost ratio is the 
evaluation formula permits fiddling with costs and another facet of analysis. Ratios are 
particularly effective performance metrics when “flexibility” is needed because they are 
very leveraged: slight adjustments of the denominator in one direction and numerator in the 
other produce noticeable changes in the ratio itself. This hardly implies that B/C ratios are 
not appropriate to use in many completely legitimate cases, but reviewers and users of 
planning studies need to ask themselves in every case “Are the evaluation criteria and 
comparison attribute being used appropriate?” 


Three Rules and Five Corollaries 


Once the cheater has set up the playing field as best he can to his advantage, he bends, 
folds, and twists the facts to his advantage using a set of three rules which the author has 
labeled the rule of small margin, the rule of distributed distortions, and the rule of 
proportional fuzziness. Well-applied by an experienced “card sharp,” these guidelines make 
detection of bias difficult even for experienced reviewers who take their time, know where 
to look, and examine the details with care. These same rules work for more scrupulous 
planners, seeking to make a convincing case in a proponent study. And they work for 
reviewers, who should keep these miles in mind so they will be better able to assess 
planning reports to determine if and how that study work was biased. 


Rule 1: The Rule of Smal! Margin (Cheat Just Enough to Win) 


A good card sharp never deals himself the best possible hand from the bottom of the deck, 
but instead gives himself a set of cards barely sufficient to beat the other players: The most 
accomplished cheats cheat subtly. Particularly in studies where the goal is to affect the 
relative rankings of options, only enough bias will be applied to increase the favored option 
so that it ranks first. If a margin of 3% over the next best option is sufficient to win; a 30% 
margin is not needed, and “adjustment” to that degree might very well attract attention. 


Rule 2: The Rule of Distributed Distortions (Use Many Small 
Data Adjustments to Gain a Big Cumulative Advantage) 


While it is simple to bias a study in favor of a particular alternative by adjusting one 
number (e.g., initial cost of the equipment) by a big margin, such an adjustment is also 
much easier to detect because a large change is more likely to be questioned and 
challenged. Artful cheaters achieve their goal — up to a 50% change in relative evaluation 
scores — through a cumulative advantage of many small changes to many factors. This rule 
means that through many small adjustments, a good deal of bias is achieved, and no one 
datum value stands out to draw attention to itself as unreasonably adjusted. 

For example, a proponent of an underground (UG) cable solution to a distribution 
capacity problem could bias a study so that UG wins an economic comparison (or at least 
comes close enough to be selected) against available overhead (OH) options by greatly 
reducing the labor cost (trenching, etc.) of the UG line itself. But such an adjustment would 
clearly stand out as unreasonable. The same result can be made much more difficult to 
argue against if he subtlety alters a host of other data: using only a slightly optimistic cost 
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per mile of trenching, underestimating the actual length of the UG cable mun slightly, using 
a slightly lower cost for ducts and vaults themselves, and a slightly lower cost for the cable 
itself. He could slightly underestimate the number joints and vaults needed per mile, etc., 
and use slightly optimistic costs for all of the ancillary equipment needed. 

Similarly, he could minimally inflate the OH equipment costs and labor, altering each 
individual factor by only a small margin. He could slightly increase the estimated line 
length required in each OH option, and further drive up costs of those options by increasing 
slightly the expected number of poles per mile, down-guys required, etc. He could increase 
slightly the losses and maintenance costs expected for all OH options and decrease those 
for UG options. This cheater would also probably want to apply a lower-than-normal 
discount rate for evaluation of all future costs in this study. Annual O&M on OH lines is 
generally greater than for UG, so the low discount rate would make this higher future O&M 
cost “hurt” present-worth totals for OH more than for UG. A change from 90% to 93% 
present worth factor may seem minor, but it increases the evaluated present worth of annual 
operating costs over the next thirty years by nearly 33%. 

In no one value would the planner make a large adjustment, so that no single change 
would stand out as egregious. Yet the cumulative effect of all of those small changes would 
be a significantly lower evaluated cost for the UG line and a higher cost for the OH. Section 
29.6 will show how this approach can accrue as much as a 25% advantage to the favored 
option, without making “unreasonable” adjustments in any one number. 


Rule 3: The Rule of Proportional Fuzziness (Make the Adjustments 
Proportional to the Uncertainty Range of Each Factor) 


In adjusting a wide number of input factors so that cumulatively they total to a big 
advantage, the expert cheater makes relatively larger adjustments to those values where 
there is arguable doubt as to exactly what their value should be and doesn’t touch values 
that are widely known with exactitude. As extreme examples, there is considerable 
uncertainty about future prices for natural gas, but no doubt at all about the number of hours 
in a year. Therefore, an artful cheat will “fiddle” with fuel costs or fuel cost adjustment 
factors, but would never use any value but 8760 for the number of hours in a year. 

Similarly, the bias adjustments to other values throughout the study would be made 
proportional to the degree of uncertainty, or interpretation, in their values: the losses factor 
in assessment of future costs is always a subject of interpretation, so that even a relatively 
large “adjustment” there is unlikely to be challenged. Future taxes could vary and so they 
can be biased slightly. Expected weather (if that matters) is somewhat uncertain and thus 
very “adjustable;” fuel costs are partly unpredictable and thus are a good target for 
relatively heavy adjustment; and so forth. 


Simultaneous Application of These Rules Makes 
Detection Difficult and “Proof” Nearly Impossible 


By seeking only enough of a margin to barely win (Rule 1), making many but only small 
adjustments (Rule 2), and making those many adjustments proportional to data uncertainty 
(Rule 3), an artful cheat can very likely keep all the numbers he has adjusted within or close 
to their ranges of arguable reasonableness, or keep them small enough to avoid detection, 
and yet create a significant change in the results. The pattern of changes dictated by these 
rules decreases the chance that the favoritism will be noticed and challenged, particularly if 
the cheater also uses several of the reporting corollaries discussed below. 

The bottom line is that artful use of these rules means it is nearly always possible to 
create a noticeable favoritism for a preferred option using only small adjustments, and it is 
sometimes possible to create very noticeable bias while entirely disguising the fact that 


Copyright © 2004 by Marcel Dekker, Inc. 


1138 Chapter 29 


adjustments have been made. Section 29.6 will give some examples. Section 29.7 will 
explain how to search for such hidden bias. 


Corollaries to Rules 2 and 3 


Rules 2 and 3 lead to several corollaries, guidelines that prove supportive of these major 
rules when one wishes either to push a study’s results in a legitimate proponent study, or to 
“cheat” while minimizing the chance of being found out. 


Corollary A: Impressive complexity 


If there are more factors involved in a problem or planning study, then there are more 
opportunities to apply Rule 2’s many small bias adjustments to build to a large cumulative 
advantage. Therefore, an artful cheat, or the proponent bent on maximum advantage, will 
often choose a particularly complicated methodology that uses the largest number of factors 
and computations possible. “Impressive complexity” actually provides three advantages: 


1. An impressively complicated method demonstrates that the planner is using a 
very “detailed and comprehensive” analytical study method. This is often 
particularly important to those doing legitimate proponent studies, who may 
wish to create a “more rigorous than you” image of attention to every detail in 
their study. It is also a nice benefit from the perspective of the absolute cheats, 
too, who see the value in creating a similar impression, but are motivated 
mostly by the third advantage this ploy provides. 


2. It usually means more factors and steps are available upon which subtle 
adjustments can be made in order to build a large cumulative bias in the final 
result. 


3. It very likely means that fewer people among those who will read the report 
will have an intuitive feel for the methodology or the individual factors the 
cheat is going to adjust. 


An example using this corollary and demonstrating these advantages will be given in 
section 29.6. One must keep in mind that not all plans or reports that use particularly 
detailed and comprehensive methodology are doing so in order to hide a bias or ulterior 
motive. Most often the planners merely want to be scrupulously correct in their analysis. 
This is what makes this ploy so effective for those who do want to use it to disguise bias. 


Corollary B: Round-off masking 


This corollary applies only when one is deliberately trying to hide the fact that values have 
been biased. Selection and artful use of the type of numerical accuracy used in reporting 
can widen the range of unreported adjustment in factors used throughout a study. For 
example, there is a 2.5% difference between 3.95 MVA and 4.049 MVA, yet both are 
reported as “4.0” if values are reported to only one decimal place. By artful use of rounding 
off, an unscrupulous planner can make small adjustments to key factors that cumulatively 
produce a significant impact in the computed results, while still listing his data as 
“accurate.” Again, an example will be given in section 29.6. 

Sometimes, unusual round-off techniques will be employed in company with this ploy. 
The author reviewed one study where the introduction of the technical analysis section (a 
very lengthy and agonizingly detailed Appendix on “Technical Method,” written fully 
within the spirit of Corollaries A and D) stated quite clearly that “results are reported 
throughout [this report] rounded to the nearest quarter decimal place.” This meant all 
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numbers had been rounded and reported to the nearest .00, .25, .5, .75, for reporting 
purposes (but not necessarily for use in the study itself). This clever ploy permits all values 
in tables, etc., to an have impressive, “two decimal place” appearance, when in fact they 
were rounded to fully half of the range of single-decimal-place reporting, perhaps with 
considerable bias.° 


Detection of round-off masking 


Detection of this ploy is often not easy. In the case of the report cited above, the fact that all 
numbers always had .00, .25, .50 or .75 to the right of the decimal place was an indication 
to dig deeper. The producers of that report would have hidden their bias additions better by 
simply using single-digit accuracy. Generally, one can determine if this ploy has been used 
only by reproducing the computations in a report in detail. 


Corollary C: The rule of leveraged basis 


A very small adjustment in a data value that is squared or used as an exponent will have an 
effect on the outcome of a calculation or analytical step quite out of proportion to the 
amount of that adjustment. Since the effect of such “leveraged” numbers is widely 
understood, they are an obvious focal point in any review. Nonetheless, they are often a 
target for cheaters, because adjustments to them are very effective, particularly if the factors 
involved are subject to a good deal of interpretation or uncertainty (Rule 3). 

What is often overlooked is that an adjustment to a reciprocal of a number may prove 
highly leveraged, or that a small change to ““X” when it is used in calculations as (1 - X) can 
have a highly leveraged impact, particularly if X is near 1.0. One of the best examples of 
this last approach, and a liberty taken in some proponent studies in the DG field which the 
author has reviewed, is to alter and report the availability rather than outage rate used for 
equipment in reliability studies. The difference between 98.38% and 98.58% availability 
for a micro-turbine generator 1s quite small (only a quarter of one percent) and may not 
garner attention. But that change represents a 14% difference in the outage rate of the 
distributed generator — 1.62% versus 1.42% percent.’ That change will greatly affect the 
computed reliability of any proposed DG installation, and change the number of redundant 
units (and thus the cost) required for contingency backup to provide any particular level of 
reliability. Section 29.6 will give an example. 


Corollary D: “Needle in a haystack” reporting 


Finally, the most accomplished cheats will make finding any adjusted factors or data values 
difficult by burying them in a very lengthy and “comprehensive” report. Such a report not 
only accomplishes other purposes (i.e., the aforementioned goals of impressive complexity 


3 Not all reports that use non-standard rounding or reporting methods have hidden or even disclosed 
bias adjustments to their data. The author has encountered this type of round-off method several 
times in reports he has reviewed, not to obscure bias adjustments, but apparently just because the 
authors believe it gives an impression of more precision in their results. 


* This is also a particularly artful example of further synergy with the other rules and intent of 
cheating. Both values would be reported as “98.50%” in a report using the quarter-decimal place 
rounding cited in the discussion of the previous corollary. In addition, these particular numbers, 
which represent a very significant “adjustment” to a key value, have the advantage that if the cheater 
were caught or challenged about the change, he could claim it was just a mistake — “3” looks a bit 
like “5.” Thus, this example is exactly what the artful “planning card sharp” looks for: an apparently 
small adjustment that has a large impact on results, that will remain completely hidden, but even if 
exposed cannot be proven as a deliberate action to produce bias. 
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and “more rigorous than thou” methodology), but also hides the adjusted factors among 
many correct (but often irrelevant) data values, wearing down the reader by making the 
review effort expensive and time-consuming. 


29.5 AREAS WHERE BIAS OR MISTAKES ARE 
OFTEN INTRODUCED INTO A STUDY 


Regardless of the motives or the rules followed in adjusting values in a planning report, 
there are four areas where bias, whether it is intentional or inadvertent, is particularly likely 
to have an impact in a planning study, because these are the areas where bias ts needed in 
order to change the results in relative rankings of planning options. These four areas are: 


1. The economic evaluation “rules” — whether adjusted to favor one alternative or 
adjusted to make absolute changes in all. As will be shown in several examples 
later in this chapter, slight alterations in a set of cost and economic factors can 
leverage other changes so that their overall effect is substantial. 


2. Basic data describing the various equipment, site, night of way, or policy 
options — biased in favor of one option and/or against all other options. 


3. Incompleteness in evaluation of cost and/or performance — use of an evaluation 
method that leaves out facts or details that affect one alternative more than the 
others. 


4. Mistakes in the set-up or execution of computations, made deliberately but of a 
type not easy to spot and particularly not easy to prove as deliberate bias. 


Area 1: The Economic Factors 


Economic factors define the “playing field” for all the alternatives. Most power delivery 
planning studies use cost in some form as the decision metric, making economic factors and 
cost-related matters ripe places for “fiddling” with the numbers. Three major factors set the 
rules for the evaluation. These are: (1) the performance metric for selection, (2) the 
planning or evaluation period, and (3) the discount rate. 


The performance metric 


One way to change who or what wins any competition is to change the rules. The 
“performance metric” is the value that is used to measure each alternative and upon which 
the definition of and selection of “best” is made. Often, a subtle change to the metric can 
make a noticeable difference in what option will win. Other times, while it does not directly 
change the relative merits of a favored alternative over others, a change may reduce the 
“detectability” of adjustments made to create bias. 

For example, the evaluation of demand side management (DSM) options such as added 
insulation, heavy weatherproofing, expensive but more efficient appliances is often 
compared to non-DSM options on a cost basis. A very clever technique that has been used 
to bias against DSM is to evaluate all options on the basis of cost per kilowatt hour. Most 
DSM methods provide a net savings to a homeowner or business by reducing their 
consumption of energy — meaning there are fewer kilowatt hours involved. Thus, DSM will 
often reduce the total cost of energy usage but drive up cost per kilowatt hour, because it is 
reducing the denominator in cost/kWh. Evaluation on a $/kWh basis will neglect the fact 
that overall cost has gone down. Suppose that a homeowner spends $1,000 per year heating 
his home with electricity (10,000 kWh at 10¢/kWh), and that added insulation at an 
annualized cost of $100/year will cut that energy requirement in half. With insulation, the 
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homeowner’s annual cost will drop by 40% ($100 for the insulation plus $500 for 5,000 
kWh), but the cost per kilowatt will now be 12¢ ($600 divided by 5000 kWh). Evaluation 
on a cost per kilowatt basis leads one to think the insulation is a bad investment. 


Planning period and discount rate 


Sometimes, a change in the planning period, or the time value of money, can have a 
dissimilar effect on the various alternatives being evaluated. In general, a combination of 
long evaluation period and low discount rate favors alternatives with high initial capital 
costs and makes alternatives with continuing costs look worse. 

“Engineering” of economic factors is always subject to interpretation (see 
and thus it is easy, and risk-free, for a planner to bias a study by slightly altering both 
planning period and discount rate. Differences of five years in evaluation period and 1 or 
2% in discount rate are often a matter of judgment and even legitimate bias in some cases.” 

But often, adjustments of these factors are very extreme, especially in cases where the 
planning evaluation was trying to make a strong case for a particular technology, as for 
example when they are done by a manufacturer of very low loss (amorphous core) 
transformers. It is no surprise that marketing claims for such units are based on studies that 
value greatly long-term operating cost. A long period of evaluation (40 years) along with a 
very low discount rate (5%) can add significantly to the advantage that a low-loss unit has 
over a normal transformer. Such adjustment strikes the authors as hardly dishonest — 
manufacturers are expected to make the strongest possible cases for their products — as long 
as the values are disclosed in any documentation or reporting. 


Area 2: Biasing Basic Power System Input Data 


Interpretation of assumptions and input data is a ripe area for cheating, first because it is 
often so difficult to determine just what is “objective data” and second because in many 
cases if found out, the cheater can claim that there was no bias intended, that what is 
occurring is just honest professional disagreement about what and how data sources should 
be interpreted and used. 

For example, when deciding on the fuel costs to be used in a 20-year study of power 
production, what projections of future fuel cost should a utility planner use? There are 
dozens of credible sources giving short- and long-term forecasts of the price of fossil fuels. 
These projections might vary from “prices will drop by 20%” to “prices will rise by 20%.” 
Some of these projections differ because the various experts making them have different 
opinions about how the energy industry operates or how it interrelates with other segments 
of the global economy, or the associations or agencies sponsoring those projections have 
different agendas fueling their interests. But most often, the projections differ because they 
are based on different assumptions about long-term demand, weather (e.g., cold winters 
tend to drive up prices), supply, and economy, etc. 

An objective planner would look into the assumptions behind each fuel price forecast 
and use a forecast that is based on assumptions that match the background he has picked as 
most appropriate for his planning (e.g., if the planner is using “once in ten year extreme 
weather” criteria it would make sense to seek fuel price projections based on similar 
weather assumptions about the price impact of similarly extreme weather and the demand it 
causes). In addition, one would want to use a forecast from a source that has proven itself 


A planner who determines that a new technology has a high risk for its claimed long-term savings due 
to its unproven nature might apply a higher discount rate to those future savings as a legitimate 
adjustment for that added risk. See Chapter 5. 
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reasonably dependable in the past (the US DOE’s projections haven’t been altogether 
inaccurate). By contrast, a planner determined to bias results would pick a forecast that 
met his needs well, that provided the bias he wanted, regardless of the forecast’s basis, its 
consistency with his other assumptions, or its creator’s track record. 


Data types most often “fudged” 


While accomplished “data card sharps” will make subtle adjustments to values in all areas 
of the power system database, there are several areas in power system, DG, and automation 
studies that are particularly fertile ground for data cheating. The first is the values of any 
future fuel or energy costs, which are always subject to interpretation and disagreement. 
This has been discussed earlier and will be used in an example later in the chapter. 

Fuel delivery charges are another particularly fruitful fuel-related area anytime DG is 
involved. Fuel has to be delivered to a DG site. The cost varies depending on location, 
method, and periodicity of delivery; from zero in urban areas where natural gas is delivered 
by pipeline to more than the cost of the fuel itself at very remote locations (Willis and Scott, 
2000). The artful cheat will realize that, even if reviewers are aware that fuel delivery is an 
issue, they will very likely not know precisely what it would cost to deliver fuel to the 
particular site in question. Thus, quite a bit of adjustment is usually made to these values in 
any proponent or bogus study. 

T&D and DG equipment reliability figures are another area of adjustment, particularly 
in studies where the metric is cost versus reliability. Equipment failure rates, MTBF, and 
MTTR values are probabilistic by their very nature and reliability terminology and 
application can be interpreted in numerous ways, not all of them appropriate for any 
specific situation. This characteristic creates a good deal of room for fiddling with values. 
Furthermore, since operating reliability varies from year to year a good deal of distortion 
can be added by careful selection of “favorable historical data sources,” for example by 
using the worst or the best year’s operating results rather than the average, or leaving out 
MAIFI in counts of events where it, not just SAIFI, will matter, etc. 

Reliability analysis is an area where the “impressive complexity” corollary given earlier 
particularly applies. There are complicated methods of probabilistic analysis whose results 
may not be any better in a particular case than much simpler methods, but they create 
several more opportunities to subtly adjust effective data values. In addition, adjustment of 
reliability values with “leveraged reporting” (corollary C) is often a “safe” way to cheat, 
because by their very nature availability figures are close to 1.0, and thus are easy to adjust 
for significant impact without drawing much attention: a change from 98.2% to 98.8% 
availability may not stand out as significant, but it represents a 33% percent reduction in 
the outage rate of the unit. 

Line lengths in any T&D study are often a rich area for adjustment. In any study where 
several different routes or sites are being considered, or where several different types of 
configurations are being compared (e.g., large trunk versus multi-branch), or where T&D is 
being compared to other resources (DG or DSM), adjustment of the line lengths is a 
particularly effective way to promote bias for or against a particular option. One reason is 
that few reviewers will think to check such basic data as the lengths of the routes. Even if 
they do, those data may be difficult for them to verify: all of the alternatives may be as yet 
“unbuilt” and the line lengths used are to some extent speculative, based on study of a map. 

Further, adjustment of line lengths usually has a leveraged effect not generally 
recognized by planners. Suppose a planner wishes to favor route A or route B in a study. 
The planner decreases Route A’s line length as used in all calculations by 1%. Such a 
change is very likely to go undetected and even if checked, the resolution of maps typically 
contained in a report would not permit verification within 1% anyway. This bogus change 
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is very “safe.” The change effectively reduces the cost of the line by 1%. It also cuts its 
outage rate by about 1% (there is 1% less line length to fail), making a 2% improvement in 
reliability/cost for that option. If a corresponding 1% increase is made in the length of 
Route B, the resulting change in relative performance totals 4% for just this change alone. 


How to detect deliberate data bias 


Section 29.7 will present guidelines for reviewing planning reports to identify bias. This 
section merely summarizes aspects related to finding and verifiying adjustment of data 
values. The first point that reviewers need to understand is that bias, even completely 
hidden bias, can be quite significant: up to 50% (examples later in this chapter will show 
how this is possible). It is sometimes easy to spot unintentional bias that has slipped into a 
study due to errors or carelessness, or bias brought on by overt enthusiasm, because the 
resulting mistakes mean that some data values will deviate a great deal from “normal” (e.g., 
the inverted HP/kW ratio alluded to earlier). 

Deliberate, crafty cheating that “follows the rules” given above is much more 
challenging to detect because, as explained earlier, adjustments are usually kept to no more 
than 5% in any one case, and may be only 1%, as in the line-length examples given above. 
Then too, changes are often made only to variables where some “legitimate” interpretation 
of value is possible. “Planning auditors” checking a study report can follow the guidelines 
below to determine the likelihood that a bias exists: 


Start with the metric. “Winning” means evaluating as best with respect to the 
metric, so whatever it measures will be an area to examine for alteration of data. 
Does the metric include a good deal of cost with respect to losses? Then look at 
resistance values, line lengths, cost of loss figures, and the conversion formulae 
and factors to go from load data to load factor to losses factor. 


Identify the data values upon which the study results most heavily depend. What 
data values have an impact, particularly a highly leveraged impact, in this case? If 
cost is the sole arbiter, then economic factors and cost data will be the area of 
focus (although one must look at line lengths, etc., as described above). 


Check for appropriateness of data imported from other areas, from other types of 
equipment, or other industries. In particular, inexperienced planners, and those in a 
hurry, will tend to grab any source, having neither the experience nor the will to 
check its validity or appropriateness for their particular study. Artful cheats will 
carefully select favorable, but perhaps not appropriate, sources of data. Check the 
consistency of the assumptions behind those sources with that of the study (e.g., 
see the discussion on fuel price earlier in this section). 


Check analytical methods. Reviewers may know exactly how they would perform 
a particular study and what tools they would use, and this will give them a good 
intuitive feel for the data sensitivities of the report they are examining. However, 
they should check the particular method used and determine if it has any unusual 
or different data sensitivities. In the 1980s the author reviewed a sub-transmission 
planning study done in Africa that used a locally developed “polar coordinate” 
load flow, in which all data and all computations were done in polar coordinate 
form. 

If accurately done (apparently it was) such a load flow computation method 
should arrive at the same results as any other more common, proven load flow 
program. However, common industry equipment data (e.g., impedances) had to be 
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translated from typical form to polar coordinates for use in this project. Here, 
several mistakes were made in conversion of data, a type of “enthusiasm bias.” 
(The project used the polar coordinate load flow for no reason except that it was 
locally developed and “different.”) 


Be creative in “adopting” the role of proponent. If the results of the study are 
biased, it was clearly to favor the recommended result (i.c., perhaps option B 
should have evaluated as best but option D was). Reviewers should consider what 
they would do to alter the data and study context to favor that outcome, then 
examine those data. 


As shown earlier and as will be illustrated by example later, subtle but carefully stacked 
differences can create large overall bias without creating any alteration in input data that 
stands out on first examination. The best way to identify deliberate data bias following the 
rules given earlier is to study the pattern of data values: 


If data values used throughout are always in the middle of the range of reasonable 
variation, then the study is more likely to be objective. Were fuel prices from a 
standard source (e.g., U.S. DOE, etc.) used, or were they from rather “extreme” 
projections? Were commonly accepted values for DG unit cost, performance, and 
reliability used? Were the cost figures for labor and materials used in UG and OH 
lines both valid and in the middle of accepted ranges in the context used, etc.? 


Objective studies include documentation of data sources and their assumptions, 
along with sufficient information to demonstrate they have not been take out of 
context. A biased study may not, or will mention very obscure sources. 


Are the deviations from center of the different data values always in the direction 
that creates a bias toward one result? If the answer is “yes” in all or most cases, 
then the study is most likely biased. If the answer is “no,” the planning study is not 
necessarily good, or objective, but it is less likely that it was deliberately biased 
toward a particular result. 


A data sensitivity study is the best way to spot a pattern of cumulative contributing bias, 
but such studies are expensive. A sensitivity analysis varies all data values plus and minus 
within their “normally acceptable range,” while looking at how this impacts the relative 
evaluations of the alternatives. Do the answers to “what is best?” and “what is most 
reliable?” change? If not, then the issue of bias is moot. 

But if a sensitivity study determines that the set of values used for the study’s base case 
included every variation possible (within reason) from “middle of the road values” to make 
the recommended alternative desirable, with the deviation always in the direction that 
favored the winning alternative, then the study is very possibly biased. Whether the data 
have been adjusted for justifiable reasons or as a result of cheating may be impossible to 
determine. But at this point, the study data set-up is suspicious: Each of the data values 
should be investigated and its value, as used, fully justified. Section 29.7 will discuss this in 
much more detail. 


Area 3: Deliberate Omissions of Data, Details, or Analytical Steps 


In one of the most famous Sherlock Holmes stories, Silver Blaze, the great detective was 
called in to consult about a racehorse that disappeared without a trace from a heavily 
guarded stable during the previous night. When asked by the local detectives if there was 
anything he would draw to their attention, Holmes answered “Yes, the curious incident of 
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the dog in the nighttime.” The local detectives pointed out that the guard dog had done 
nothing, and Holmes explained that because the dog had not barked, it was obvious the 
thief was someone it knew well. The important clue was what was missing — what was not 
there. 

Similarly, it is not enough to review a report to determine if everything given is 
accurate. An experienced planner reviewing a study should ask him — or herself if anything 
is missing. Did the analysis procedure neglect a salient factor that should have been 
included in this situation, and thus lead to a more favorable evaluation of the relative merits 
of some alternatives versus others? For example, in general, “approximate” planning 
methods (see (Chapters 2224), such as statistical or load duration curve-based fuel and 
reliability analysis techniques, give quite different results than detailed analysis methods 
when applied to “dynamic” technologies like DG, automation, etc., or when applied to very 
detailed load models. One cannot generalize about the impact that the use of approximate 
study methods will have when applied to a set of different options, but its approximations 
will usually create some degree of bias if the options vary in their sensitivity to the factors 
that are “approximated.” 

One common “omission mistake” revolves around the proper use of coincident load 
data and non-coincident load behavior and data (section 3.2, section 19.4). Proper modeling 
of coincidence and proper use of load curves (see display of choices) can make 
large umpacts on the evaluation of relative merits of different technologies or equipment as 
well as the determination of need for new capacity. 

Some engineering studies contain mistakes because they use coincident load curves 
where non-coincident load data are required or apply coincident demand values where non- 
coincident are needed, or vice versa. Coincidence of load first came to the author’s 
attention in this regard in 1984, when a large domestic utility asked him to review an 
obviously flawed “transformer sizing” study it had just completed, one that had reached the 
conclusion that losses in its service transformers were negative (Willis, et al., 1985). A type 
of losses analysis that “backs out” equipment efficiencies by comparing metered historical 
sales to metered losses data can produce such results when applied in conjunction with 
inappropriately coincident load curves and peak demand data. 


Detecting data and methodology omissions 


The biggest indicator of bias through omission is usually a gap in the level of detail used in 
the evaluation of various alternatives. Although this is not a sure sign of tampering, any 
planning study in which some alternatives are studied in meticulous detail while others are 
analyzed with far less data, detail, or attention should be given extreme scrutiny. Somewhat 
less obvious, but often affecting the results just as much, is the use of a study methodology 
that is uneven with respect to certain steps in the analysis. If one aspect of the planning 
procedure is done with a comprehensive method and great attention to detail (e.g., 
substation siting) while another (circuit analysis) is done with far less rigor, using an 
approximate method, the study results are at best approximate overall. 

Nothing but a great familiarity with the methodology, and experience in the specific 
type of analysis, will enable a reviewer to catch deliberate and carefully planned data 
omissions. For example, one cost often left out of “new technology” studies is the cost of 
the testing, service and maintenance equipment, and tools needed to sustain the use of the 
new technology, along with the training of maintenance staff to use those tools. The author 
has seen cases where such equipment and training can be as much as 20% of the initial cost. 
Only an experienced planner who had dealt with the specific technology before would 
know about these costs and know how to determine if the costs used in a study were 
appropriate. 
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Area 4: Mistakes in the Analytical and Numerical Method 
Unintended mistakes 


There are sometimes a surprising number of mistakes — errors in computations or method, 
inappropriate use of data, failure to adjust factors to scale, etc. — that go unnoticed in 
electric system plans. These remain hidden in the details of the economic and performance 
calculations done in the planning, largely because these computations involve so many 
numbers and so many calculations, and because many planners never take the time to check 
their analytical tools or set up electronic spreadsheets with formal, structured error- 
reduction methods. 

Mistakes creep into detailed engineering analysis methods due to the complexity of the 
computations and the meticulous detail required to fully verify accuracy. Almost any large 
computer program has a few “bugs” in it. Some of these may be in the analytical portions, 
which will impact the answers (actually, most aren’t, lying instead in data editors, program 
control, and display, in that order). As only one example, the author is aware of a large 
electric utility that used an in-house-developed distribution voltage drop program for over a 
decade before discovering that its computations always overestimated voltage drop by 
about one volt. The error had slipped into the software during a “fix” of a previously 
discovered bug many years earlier, after the program had been tested and certified as 
accurate (its accuracy was not re-verified after the bug fix). 

Much more pervasive are “bugs” in spreadsheet templates. Spreadsheets are always a 
preferred tool for planning. Used properly, they are an incredibly powerful way to quickly 
and accurately compare detailed studies of electric service alternatives, their costs, 
performance, and reliability, and to plot results from multi-attribute projects objectively in 
an easy-to-communicate fashion. But spreadsheet templates, as set up by planners, are very 
much computer programs: an electronic spreadsheet is a type of programming language, in 
which the user can set up a complex chain of instructions, linked serially and in parallel, to 
achieve a specified type of analysis that he or she desires. They should be treated like 
computer programs, with formal design, structured development, and a documented test 
procedure 

Ideally, detailed design, structured development, and analytical testing for errors should 
be included in the development of any spreadsheet used as a planning tool, along with 
comprehensive documentation on both proper use of the spreadsheet and its verification 
testing. But many planning spreadsheets are developed on an ad hoc basis, as the planners 
expand or refine their analysis methods from one study to another, gradually adding a 
column here and a row there, and linking analysis of that new data with the existing 
calculations. Few if any have built-in verification checks. 

As a result, minor errors exist in many complicated planning spreadsheets. In an audit of 
an integrated resource T&D plan conducted by the author in the early 1990s, he discovered 
that the spreadsheet analysis of both DSM and DG options accumulated the “annual 
savings” from them only for the first 11 months of the year, unintentionally leaving out 
December’s. Since this was a winter-peaking utility system, the impact of ignoring a winter 
month led to much more than a 1/12 reduction in estimated savings. Ironically, this error 
had been made by planners who were all stout DSM advocates, and who had been trying to 
make a case for DSM (but not DG). 

Bugs in purpose-designed software and spreadsheet templates are challenging to find, 
but this effort requires nothing more than time devoted to verification studies of the type 
covered in any software testing reference. One good if expensive practice is to always set 
up the spreadsheet to compute the final result through two separate chains of computations 
(using a slightly different method) and compare their results at the end. 
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Deliberate mistakes 


Deliberate mistakes in a planning study are the equivalent of a card sharp’s keeping an ace 
up his sleeve during a card game — the most blatant and damning type of cheating if caught, 
but very effective when the deception succeeds. There are very rare occasions when results 
have been altered by unprincipled planners simply by editing the results of a spreadsheet, 
for example keying in the answer that is desired as what appears to be the sum at the 
bottom of a long column of numbers, or by altering a number in a table made in a report. 
Few readers of a report will verify a table’s column sums from a report by adding it up 
themselves, nor take pencil to paper to reproduce each detailed computation to check its 
accuracy. That intricate level of examination is the only way that well-hidden, deliberately 
misleading mistakes can be caught. In the author’s experience, such chicanery is quite rare 
(he has encountered it only once in more than fifty major planning reviews). Intuition and a 
good feel for what the results should be along with hard work checking every calculation 
are the recommended approaches. 


Competency and Experience Matter 


A planning study that was not deliberately biased can still be “flawed” in the sense that the 
performance/cost of the recommended option is poor if the people who did the study were 
inexperienced. Distribution system planning is often quite challenging because of its 
combinatorial aspects ~ its analysis will contain many factors that interact with one another 
and that changes the interaction of other sets of factors. The planning of combinatorial-type 
systems is particularly difficult, because the mutual interactions of the myriad parts 
involved means the problem of attaining maximum performance cannot be completely 
“broken apart” into sub-problems and solved as a series of smaller problems. Various 
methods, both procedural and computerized, exist to tackle such problems, but they require 
skill and experience to handle properly. Experience matters a great deal. 

In general, in power distribution, distributed resource, or power system automation 
studies, the systems element of the solution ~ how the various pieces of equipment are 
connected to one another and how they are expected to operate in concert — is more 
important to the overall performance of the system than the components themselves: the 
whole really is greater than the sum of its parts. Often, a robust, efficient, and truly top- 
performing system can be built from mediocre parts, simply by combining them in the 
proper way. Finding that magic combination (system configuration) is incredibly difficult. 

Thus, one of the first, and most important, steps in planning is determining what options 
or alternatives for system layout and structure should be examined and compared when 
facing a particular power system challenge. The author’s experience is that experienced 
planners do much better at economically applying breadth of vision to the range of options 
that must be included. Inexperienced planners tend to make random errors in this phase, 
applying on a human level a type of “I didn’t consider that option” flaw in their technique 
similar to the computer optimization error covered in Figure 26.4]and its accompanying 
discussion, or including too many factors and creating a very difficult and intricate study 
methodology with many more opportunities for mistakes and errors to be made. 


Report Quality 


High quality reporting including a clear, linear presentation of ideas and information, 
comprehensive detail about method and data, consistent use of definitions, a useable table 
of contents, glossary of terms and index, and an easy-to-read, unambiguous writing style is 
a highly recommended practice for both objective and proponent studies. Well-written 
reports render method, results, and recommendations easier to understand and much more 
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credible. Unfortunately, the “final report” is usually the major focal point of any deliberate 
obfuscation in a bogus planning study, and most such reports are particularly well-written 
but in a manner and with a style designed to make review and verification quite difficult. 

Regardless, the focus of a review for bias is nearly always on the written documentation 
— the report that explains the study’s purpose and methodology, and that provides sufficient 
background and detail for effective evaluation of its conclusions and recommendations. 
Reviewers must make an effort to avoid letting report quality bias their evaluation of a 
study’s objectivity and credibility. In the author’s experience, the quality of reporting in the 
power industry varies much more than the quality of planning study and technique. Simply 
put, more than a few good planers are terrible writers. Many valid planning studies are very 
poorly reported, often seriously flawed in their “ease of use” and readability due to bad 
writing and poor organization. By contrast, most bogus reports are particularly well-written. 
This certainly does not mean that all well-written reports cover bogus studies. Reviewers 
must set aside reporting quality and, hampered or not by poor writing and ambiguity in a 
report, dig out enough detail to determine if the study is biased or not. 


29.6 EXAMPLES OF BOGUS, PROPONENT, 
AND MASKED STUDIES 


This section will illustrate the manner in which the rules and concepts given in earlier 
sections can be applied to a T&D planning report. Due to space considerations it must be 
somewhat brief. These examples will therefore focus on only one aspect of a T&D 
planning study, but will nonetheless demonstrate with numbers and commentary how key 
elements of a T&D planning study are biased for proponent studies and what bias is hidden 
in bogus studies. 

This example was developed to be as generalizeable as possible. It fairly represents how 
bias is created, how it is hidden, and what impacts it has on planning results. The reader is 
cautioned about one point. In reviewing this particular case, it is easy to dismiss this 
example and say “Well, the author makes it happen here, but these changes depend so 
much on specifics of this one case that it probably couldn’t be done in other cases: This one 
case is unique.” The point to bear in mind is that every planning study is unique in some 
way and that a proponent, or an accomplished cheat, will build on the unique qualities in 
each case. The tone of the examples below is meant to be generalizeable: overall rules and 
method applied here, and the degree of bias shown and hidden, apply in most every case. 


The Planning Study and the Proponent Goals 


The planning study used here involves the T&D planning for a growing suburban area, 
currently served by three distribution feeders. Key facts for the base (most recent) year are 
given in (Table 29-2] The study will look twenty years ahead, not with the goal of making 
plans for that long, but so that the evaluation of economics will be done over a twenty-year 
period and thus properly balance short- versus long-term cost considerations. 

For the sake of this example, the particular planner doing this plan desires to bias his 
study in favor of larger wire and/or high-capacity alternatives. If he boosts the load growth 
to as high as he can in his study, it will call for more and sooner expansion than an 
“objective” forecast. If he adjusts electrical losses to higher than an objective assessment 
would estimate them, there will be more value seen in the use of large (low impedance) 
wire or cable. This example will focus on the means this planner uses to ramp up the load 
growth and exaggerate losses beyond the “objective” values. There are many other aspects 
of this planning study in which the planner would presumably also add further bias to 
achieve his objective, but this example will focus only on these two aspects of his bias. 
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Table 29.2 Correct Values for the Example Three-Feeder Study Area 


Factor or Measurement Value 
Weather-adjusted peak annual hourly demand 18.0 MW 
Weather-adjusted sum of metered sales 70,956 MWh 
Resulting annual load factor 45% 
Current percent of land developed 63% 
Land that cannot be developed 18% 
Projected load growth rate (weather adjusted) 2.0% 
Losses at peak (by adjusted measurement) 1305 kW 
Calculated percent losses at peak 7.25% 
Annual energy losses (in — out analysis) 3,164 MWh 
Calculated percent losses annually 2.48% 
Annual cost of losses ($37/KW & 2.3¢/kWh) $121,051 
Thermal capacity of feeders (90% PF) 24.3 MW 
Load reach limit of feeder loading (ANSI A) 20.5 MW 
Demand cost of losses $37/kKW 
Energy cost of losses 2.3¢/KWh 


A final goal in this particular example is that this bias will remain hidden. The planner is 
aware that his co-workers and management — all people who might review his report — are 
familiar in general terms, if not specifically, with this area and will spot obvious 
adjustments or changes in data that he might make. His desire is to bias his study as much 
as he can, while keeping his adjustments unnoticed. In this sense, his study will be bogus. 


An objective look at the situation: the “correct” numbers 


Table 29.2 gives values that will be used here as “correct” for a forecast of future load and 
projection of losses costs to plan this system. As is discussed throughout this chapter, there 
is always room in any planning situation for some interpretation, one fact that makes 
“cheating” easier in many cases. The values given in Table 29.2 will be used here as the 
most objective values, and the next few paragraphs provide some additional insight to 
support these numbers, and highlight those facts and diagnostic tests the planner has 
available to him which indicate both that Table 29.2’s values are valid and also give him 
clues about how he can go about disguising the bias he will add. This discussion will help 
the reader see both where the planner introduces his bias, and how he maneuvers with 
method and report to avoid reporting certain values that would reveal his bias. 

Load growth. This three-feeder area, which is mostly residential with some retail 
commercial development, has seen a consistent 2% growth of the weather-corrected peak 
annual hourly demand for the past five years. Prior to that period the load growth rate was 
higher, peaking at over 8% a decade earlier. Annual energy sales in this region have also 
followed this same trend, Annual load factor (weather corrected) has been constant for 
more than the past ten years. 

For the sake of simplicity in this example, and because it makes no impact on the value 
or generality of this example, the “correct” load growth trend will be assumed to be a 
straight 2% annual load growth rate (this is shown in[Table 29.3). That trend will make this 
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Table 29.3 Objective Projection of Future Values for the Study Area 


Chapter 29 


Study Peak-MW Energy - MWh Losses PW PW Losses 
Year Demand Losses Sales Losses Cost Factor Cost 
Base 18.0 1.31 70,956.0 3,163.8 $121,051 1.000 $121,051 
0 18.0 1.305 70,956.0 3,163.8 $121,051 1.000 $121,051 
1 18.4 1.358 72,375.1 3,291.6 $125,942 0.900 $113,348 
2 18.7 1.413 73,822.6 3,424.5 $131,030 0.810 $106,134 
3 19.1 1.470 75,299.1 3,562.9 $136,323 0.729 $99,380 
4 19.5 1.529 76,805.1 3,706.8 $141,831 0.656 $93,055 
5 19.9 1.59] 78,341.2 3,856.6 $147,561 0.590 $87,133 
6 20.3 1.655 79,908.0 4,012.4 $153,522 0.531 
7 20.7 1.722 81,506. 1 4,174.5 $159,725 0.478 $76,396 
8 21.1 1.791 83,136.3 4,343.2 $166,177 0.430 $71,534 
9 21.5 1.864 84,799.0 4,518.6 $172,891 0.387 
10 21.9 1.939 86,495.0 4,701.2 $179,876 0.349 
11 22.4 2.018 88,224.9 4,891.1 $187,143 0.314 
12 22.8 2.099 89,989.4 5,088.7 $194,703 0.282 $54,990 
13 23.3 2.184 91,789.2 5,294.3 $202,569 0.254 $51,490 
14 23.8 2212 93 624.9 §,508.2 $210,753 0.229 $48,214 
15 24.2 2.364 95,497.4 5,730.7 $219,268 0.206 $45,145 
16 24.7 2.459 97,407.4 5,962.2 $228,126 0.185 $42,272 
17 25.2 2.559 99,355.5 6,203.1 $237,342 0.167 
18 25.4 2.662 101,342.6 6,453.7 $246,931 0.150 $37,063 
19 26.2 2.770 103,369.5 6,714.4 $256,907 0.135 
20 26.7 2.881 105,436.9 6,985.7 $267,286 0.122 $32,496 
$1,302,952 


example easier to discuss. The available facts barely support a growth rate even this high. 
One clue is that this area is clearly on the far side of an “S” curve growth trend (the growth 
ramp of the “S” curve for the area was very clearly the period of 8% annual growth several 
years back — see Chapter 25,|section 25.2]. As a result, the growth rate here is most likely to 
steadily but slowly drop over the long term. Second, a key fact revealed in| Table 29.2 is 
that only 19% of the land in the region is yet undeveloped and unrestricted (100% minus 
63% developed and 18% restricted). Given that typically 3%-5% of developable land is not 
worth developing, this means that only about 15% of the study area remains to be 
developed, less than a quarter of the amount that has already been developed. Twenty 
years of 2% growth compounded annually would result in a 48.6% increase in peak 
demand, considerably more than this margin of available space. However, as stated in 
Chapter 25) up to a 1% growth in per capita usage of electricity can be expected in many 
cases. Thus, although the author, and many planners, would model the growth rate as 
gradually dropping over the 20-year period from its current 2% growth to about 1%, one 
could argue that a constant 2% rate is a “correct” upper limit on the range of possible 
forecasts for this area. That value, 2% annual growth rate, will be used as the correct value 
here, in order to show how a planner can “push” a bogus study beyond the limits of 
credibility through other means. 
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Losses on the feeders in this area as shown in [Table 29.2] were from measurements of 
peak voltage and current flow on the feeder and a detailed matching load flow that was 
used to replicate peak conditions, and the analysis also looked at the annual incoming 
power (metered at the high side of the substation) and sales (metered at the customer), with 
adjustment by subtracting calculated losses in substation equipment and “non-technical 
losses” (expected amount of theft). Again, for the sake of this example, the values shown in 
Gerace defined to be correct. Without reinforcement or addition to the existing 
system, one can expect both peak and annual losses to grow in proportion to the square of 
the increasing peak demand (since load factor and load curves are assumed constant). That 
is the method used to produce the values shown in Table 29.3 — the “correct” and objective 
numbers for this study. 

Planning results. The data shown in Table 29.2 and the “correct” projections shown in 
Table 29.3 indicate that this feeder area will require reinforcement in year six or seven 
(when peak demand reaches or exceeds 20.5 MW). 


Example 1: A “Bogus” Study 
impressive complexity 


The planner begins by selecting “very comprehensive” methodology. He does so for the 
reasons outlined on page 1132. A more complicated method will give him more factors to 
adjust, and his co-workers will be a little less familiar with the method and the normal data 
values it requires, and thus less likely to detect the bias he is trying to hide in his report. The 
methods, both more complex and less familiar to co-workers, will also be a bit more 
difficult for anyone to replicate in checking his numbers, which means there will be less 
actual verification. In addition, there is a further advantage to his “comprehensive” losses 
method that will be discussed below. | 

Load forecast. The planner does not “push” the load forecast a great deal because he 
knows that anyone looking for bias in his report will look first to the load growth, to see if 
he “cooked” his numbers. Aggressive load forecasts are always part of any plan favoring 
construction. 

Thus the planner wants his forecast to look quite conservative. Although he could apply 
the “corollary of impressive complexity” to the forecast, he avoids using a land-use based 
forecast method (the most comprehensive and complicated method possible for this type of 
forecast situation) because any type of land-use approach would obligate him to deal with 
land-use inventory data. One way or another that would make it clear that the vast majority 
of the study area is already developed, that consequently the growth potential for this area 
is limited, and that the growth rate is very likely to drop gradually throughout the 20-year 
study period. 

Instead, he decides to use the trending with special load additions method (see Chapter 
25,{section 25.4). This type of forecasting is not uncommon in the power industry and is 
completely legitimate if used well and without bias. With it, planners extrapolate the basic 
historical trend of peak and energy growth for a region, but add to that trend any new, large 
loads that they know or suspect will develop “outside” of the basic trend. Such forecasting 
requires care and discipline, both to correctly weather-correct the base historical readings 
for the trending and to avoid “double counting” growth by adding in as “special” some 
expected large loads that are actually part of the historical economic or growth trends in the 
study region. 

The planner selected this particular forecast method because it is a bit more complicated 
than the straightforward trending (i.e., trending without special loads), but mostly because 
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a) It is not a land-use based method — trending will completely ignore the fact that 
the margin of good, developable room in the region is small 
highlights this as one of the most significant disadvantages of trending). It will 
allow him to avoid even bringing up this fact or data that imply it. 


b) He can “double count” some load growth, by designating as special (to be added 
in above the base extrapolated historical trend) some expected/announced large 
new loads that are actually part of the basic trend in the area, thus boosting his 
forecast. The fact that this forecast method is not as well-known to his co- 
workers as standard trending will make this a bit easier than it would otherwise 
be. However, classification of “special loads” always requires careful analysis 
and is subject to a good deal of interpretation, one weakness in the method (see 
“Trending with Special Loads” in[section 25.4). This means that even if his co- 
workers were very familiar with this forecast method, the area of “special loads” 
would be a focus area for his bias because they are definitely one of the “gray 
areas” for application of Rule 3 given earlier in this chapter. 


shows the planner’s biased load forecast in its rightmost three columns. He 
uses only a 1.95% regional load growth rate, slightly /ess than the historical trend of 2.00% 
and something he will feature in his report to highlight the “conservative” nature of his 
study. However, he adds in as “‘special” a new, large strip shopping center anchored by a 
major retail “superstore,” which has been announced for completion two years hence. This 
is not in fact “special,” but merely part of the region’s historical growth trend and is already 
included in its 2% or 1.95% or whatever rate he should have determined for the future load 
growth trend.° 

Furthermore, he adjusts the expected peak demand for the shopping center upward from 
a legitimate 800 kW to 900 kW. He is again applying Rule 3, given earlier. None of his co- 
workers knows many of the details of this as-yet-to-be-completed shopping center — he is 
the only one to have studied it comprehensively. Estimation of load and particularly 
coincidence for a new site is itself somewhat “fuzzy,” making it quite easy for him to argue 
for this enhanced value, should he be challenged, but there is a great likelihood he will not 
be. 

Table 29.4 shows one additional “trick” he uses. He correctly adds the 900 kW of his 
special load to the projected trend value (18.7 MW) in the year the load is expected to 
develop. This gives him a total for the year of 19.6 MW (indicated by the arrows in the 
table). He then uses that total as the area total for the next year (arrow) and applies the 
area’s growth rate (1.95%) to that total (getting 20.0 MW for the following year) and every 
other year. In so doing, he applies the regional growth rate to the special load in addition to 
the area’s trend itself. He has pushed a small additional amount of invalid load growth into 
his plan by growing the 900 kW special load in every subsequent year, in a way that many 
planners would not note as illegitimate. 


° The determination of whether an announced or expected development or large load is special is a 
key part of forecasting in this manner. In the interests of space the author will not go into the a 
detailed discussion of the evidence the planner has that this “special” load is in fact part of the base 
trend. But he has two clues. First, special loads are generally those that meet the Lowry test of basic 
industry (see Chapter 25). A small strip shopping center like this (food, services) catering mostly to 
the local community does not meet this test. Second, the planner has data available (not shown) that 
indicate that even with this new strip shopping center included, the residential-commercial mix of 
the region does not change materially over time, another indication that this shopping center is only 
a part of the region’s past growth trend. See Willis (2002) for more detail. 
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Table 29.4 Forecasts of Growth in the Three-Feeder Region 


Study Correct Forecast “Correct Use” of Special Load The Biased Forecast 

Year Trend Special Total Trend Special Total Trend Special Total 
ee eS 
Base 18.0 18.0 ! 18.0 180 ! 18.0 18.0 
1! 184 184 ' 184 184 ! 184 18.4 
2 ! 187 18.7 ' 187 0800 19.5 | Sy ibaa 
3 § 19.1 9.1 |! 191 0800 199 ! 20.0 30.0 
4} 19.5 195 ‘' 194 0.800 202 ! 204 20.4 
5 ' 19.9 199 ! 198 0800 206 ! 208 20.8 
6 |! 203 203 { 202 0800 210 { 212 21.2 
7 $ 207 20.7 {| 206 0800 214 ¢{ ~ 21.6 21.6 
8 ! ha 21.1 ¢ 21.0 0800 21.8 ¢ 220 22.0 
9 {| 21.5 215 ¢ 214 0800 222 { 224 22.4 
10 {| 219 219 | 218 O800 226 1 229 22.9 
1! « 224 224 { 223 0800 231 «¢ 233 23.3 
12 | 228 22.8 22.7 0.800 23.5 23.8 23.8 
13 23.3 23.3 1: 23.1 0800 239 1! 242 24.2 
141 23.8 23.8 1! 23.6 0800 244 |! 247 24.7 
1S 4 24.2 242 1 240 0.800 248 1! 25.2 25.2 
16 1 247 247 1' 245 0.800 25.3 ! 25.7 25.7 
17 | 25.2 25.2 ! 25.0 0800 258 ! 262 26.2 
18 § 25.7 25.7 ! 255 0.800 263 ! 267 26.7 
19 § 26.2 26.2 ! 260 0800 268 $! 272 972 
20 ! 26.7 26.7 ! 265 0800 273 ' 278 278 
Total ‘Growth 48.6% | 51.6% | 54.2% 


The correct way to forecast a trend with special loads is discussed in detail in 
The correct manner of its application to this example is illustrated by the center three 
columns of Table 29.4. (Again, it is inappropriate to apply a special loads method here 
since there are no special loads. But the center three columns show how the method is be 
used correctly, nonetheless. The key point is that the regional growth rate is not applied to 
the special load. The special load (also shown as the correct 800 kW value) occupies the 
middle column, and stays at 800 kW in subsequent years. Only the base trend for the region 
(rightmost of the three columns) is grown by the regional growth rate. The constant 800 
kW special load is added onto the area’s trend in each subsequent year. (In some other 
situations, a planner might grow the special load by some small amount, or at a different 
rate than the region, but that is not an issue here.’ ) 

Regardless, the planner’s net result (rightmost forecast in Table 29.4) results in a 54% 
increase in peak load for the period as opposed to the 49% increase an objective study 
(leftmost set of three columns) would forecast. Furthermore, most of the bogus growth he 
has added occurs very early in the study period, so that the biased trend is three years 
“ahead” of the objective forecast less than five years into the study period (the biased 
forecast projects reaching 20 MW in year 3 rather than in year 6, etc.). 

Thus, by selecting a method his coworkers do not know well, and by working areas of 
uncertainty and/or unfamiliarity associated with that method and this particular study, the 


7 In some cases, a planner might decide to apply a small amount of per capita growth, perhaps 1/2% 
annually to this special load. See Chapters 25 and|27| 
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Table 29.5 Loss Data Changes for Biased Study 


Factor Objective Biased 

Load factor 45% 47%* 
A 30 32 

B .70 68 
Demand cost oflosses $37/kW $37/kKW 


Energy cost of losses 2.3¢/kWh 2.3¢/kWh 
Base year peak losses 3.105kWh 3.149kWh 
* actually 47.499% reported rounded to 47% 


planner can tell co-workers that he is using a “conservative” growth rate of 1.95% instead of 
a 2.00% rate, yet he still sneaks through about 10% more growth than the highest legitimate 
projection of the area would produce. 

Losses. With respect to losses, the planner applies the rule of impressive complexity 
again. The simplest losses evaluation method he could select, the one used to produce the 
results in Table 29.3 involves simply increasing the losses for the base (no additions to the 
system) case by the square of the annual weather-adjusted peak demand: 


Peak losses (year X) = (Peak (year X)/Peak (base year))” x Peak losses (base year) (29.1) 
Annual losses (year X) = (Peak (year X)/Peak (base year)” x Losses (base year) (29.2) 


This would be very appropriate to use for a base case such as here, which represents no new 
construction. However, the planner decides to use the A and B factor method: 


Peak losses (year X) = (Peak (year X)/Peak (base year))’ x Peak losses (base year) 
Annual losses = Peak losses (year X) x 8760 x (AxLF + B x LF’) (29.3) 


where A and B are the factors for the loss determination method and B = 1 — A, and LF is 
the annual load factor for the year. This A and B factor method is a completely appropriate 
method for losses estimation, but not one that is particularly needed in this case, where 
accurate data on energy and losses are available and where the load factor of the area has 
been and should be stable over a long period. However, its major appeal to the planner is 
that its “impressive complexity” provides one more factor he can adjust. He will be able to 
make subtle changes to the load factor he uses, which he could adjust if he used the simpler 
math, but here he can also “fiddle with” the value A or B (Note that since A + B =1.00, 
adjusting either factor determines the value for the other). 

Table 29.5 shows the changes the planner makes to these factors, and also that he does 
not alter the demand or energy cost of losses used in his study; those are numbers set by 
policy within his utility and inviolate as far as planners are concerned. The values shown in 
the “objective” column in Table 29.5 are the correct values, all three of which can be 
determined from the factual data given in BEE Yet the planner is confident that his 
changes will not arouse suspicion. First, he will avoid including that base data needed to 
compute the objective values in his report, since it is not needed to apply the A and B 
method, although it is needed to determine A and B. He will instead simply list A and B in 


® The load factor is equal to (Annual energy)/peak demand x 8760. The correct values for A and B can 
be determined with a bit of algebra using the peak demand and the energy losses shown in the base 
year for the table. 


Copyright © 2004 by Marcel Dekker, Inc. 


Objectivity, Bias, and Accuracy in T&D Planning 1155 


his report, as the values he wants to use: he hopes and believes that this sleight of hand 
will not be noticed. There is a very good chance that will be the case, because none of the 
changes he has made is particularly dramatic: the three values remain well within the range 
of “reasonable” values his colleagues would expect to see, even if they look up the A and B 
method in a reference book (e.g., Dillard, 1959). 

His final “adjustment” to the losses, in the last line of the table, is pure chicanery. He 
increases the base year losses he uses by as much as round-off masking will permit, from its 
legitimate value of 3.105 MWH at peak to 3.149 MWH, an increase of slightly more than 
1%. The value will be reported as 3.1 MWH in the section of his report dealing with his 
analysis, although the Appendices that list the historical data will give the full, 3.105 kWh 
figure derived from metered historical data and its analysis, giving the impression that this 
value is used throughout. But he will use 3.149 kWh in his calculations. 

[Table 29.6] shows the resulting projection of load, losses, and losses cost for the twen 
ear period, as generated by the planner’s method and numbers. This compares to 
(39 3] the actual objective value). The net products of his bias are: 


a) The “must do something” date has been moved forward. The region reaches a 
peak demand of 20.5 MW -— the point at which some reinforcement must be 
made — between years 4 and 5, rather than in the objective case’s years 6 and 7. 


b) Future losses cost has swelled by nearly 15% (to $1,496,390). This bogus 
margin will counterbalance a good deal of extra “large wire” capital additions. 


Two values in the base year row of Table 29.6 are shown in italics to indicate that the 
planner would not show them in the tables in his report. Throughout, his tables of projected 
values will begin with year 1, and he will thereby avoid showing the base year energy sales 
and losses values that are computed by applying his method to the base year (to do so would 
risk comparison of those with the actual historical values, indicating his method has some 
flaw). The italicized values are shown here to indicate where much of his “sleight of hand” 
occurs. Note that these computed values of energy and energy losses for the base year are 
5.5% and 11% higher than the actual data the planner had for this system. His 
abuse of the load factor and the A and B values built an 11% bias into every year of his 
study, including, implicitly, the base year upon which the plan is projected. Thus, one big 
advantage (from the planner’s perspective) of the A and B factor losses computation 
method he selected is that it does not use those two data in any way, and thus he had no 
reason to display them in his report, where they might raise questions from anyone who 
knew something of what the area’s actual energy and losses values are. 

The bottom line on this bogus study is that the planner achieved a two-year acceleration 
of the need for additions and increased by nearly 15% the cost basis for spending capital to 
reduce losses. He did so using methodology most planners would accept as reasonable, 
without altering any “hard” data that is likely to be known by co-workers, and by making 
only small changes in various factors in his study, none of which is likely to be questioned, 
and all of which, even altered as they are, are within “reasonable” ranges. These changes 
are very likely to go undetected, but if they are, they could be explained or at least defended 
to the extent that deliberate bias (the bogus nature of his work) could not be proved. 

An important final point. In the interests of space, this example explored the planners 
“attack” on only two areas of his plan, load growth and losses. Yet that produced a 15% 
bias in his favor. Assuming he similarly applied a bogus treatment to other parts of the plan, 
underestimating line distances and “low-balling” cost estimates, etc., it is very likely that be 
would produce a credible-looking report, and a plan calling for as much as 35% more 
capital expenditure than is legitimately justifiable in this case. 
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Table 29.6 Final Bogus-Study Projection of Future Values for the Study Area 


Study Peak-MW Energy - MWh Losses PW PW Losses 
Year Demand Losses___Sales_Losses___—Cost__—-Factor__Cost__ 
Base 18.0 1.31 74,898.0 3,491.6 $128,591 1.000 $128,591 
] 18.4 1.37 76,358.5 3,656.6 $134,669 0.900 $121,202 
2 18.7 1.42 77,847.5 3,800.6 $139,972 0.810 $113,377 
3 20.0 1.62 83,183.5 4,339.5 $159,818 0.729 $116,507 
4 20.4 1.69 84,805.5 4,510.3 $166,112 0.656 $108,986 
5 20.8 1.75 86,459.2 4,688.0 $172,653 0.590 $101,950 
6 21.2 1.82 88,145.2 4,872.6 $179,452 0.531 $95,368 
7 21.6 1.89 89,864.0 5,064.5 $186,519 0.478 $89,212 
8 22.0 1.97 91,616.4 5,263.9 $193,864 0.430 $83,452 
9 22.4 2.04 93,402.9 5,471.2 $201,499 0.387 $78,065 
10 22.9 2:13 95,224.22 5,686.6 $209,434 0.349 $73,025 
11 23.3 2.21 97,081.1 5,910.6 $217,681 0.314 $68,311 
12 23.8 Azad 98,974.2 6,143.3 $226,254 0.282 $63,901! 
13 24.2 2.39 100,904.22 6,385.3 $235,164 0.254 $59,775 
14 24.7 2.48 102,871.8 6,636.7 $244,424 0.229 $55,916 
15 25.2 2.58 104,877.8 6,898.1 $254,050 0.206 $52,307 
16 25:7 2.68 106,923.0 7,169.7 $264,055 0.185 $48,930 
17 26.2 2.79 109,007.9 7,452.1 $274,453 0.167 $45,77] 
18 26.7 2.89 111,133.6 7,745.5 $285,261 0.150 $42,816 
19 252 3.01 113,300.7 8,050.6 $296,495 0.135 $40,052 
20 27.8 3.13 115,510.1 8,367.6 $308,171 0.122 $37,466 
$1,496,390 


Example 2: A Proponent Study that Discloses Its Nature 


In the example above, the planner was constrained by his need to hide the bias he was 
adding. But suppose he had been willing to signal his proponent perspective? He could 
have “pushed” his forecast and data adjustments a bit further. They would have been 
obvious to any experienced reader, but he could have produced a much more compelling 
case for “building big” to reduce losses costs. Perhaps a better way to get what he wants 
(certainly a more honest way) would be to openly declare his case, make the very best 
argument for it, and hope that his proponent arguments carry the day. 

To take this approach, the planner could use the same approach as in the bogus plan 
(i.e., fiddling with load growth and fosses) but make the following increases over that 
example. He might, if he wanted, still use round-off masking to make his changes look as 


benign as possible, a very “aggressive” tactic that will be used here. 


Increased the base peak load used from 18.00 to 18.249 MW, reported as 18.2 MW 


Increased losses at peak from 1.3050 to 1.3649 MWH, reported as 1.36 MWH. 
(Losses would normally increase to 1.341 MWH due to the increase in peak to 
18.249 MW listed above. This represents a 1.6% adjustment beyond that.) 


Increased growth rate to 2.149%, reported as 2.1% 
Interpreted load factor as 49.499%, reported as 49% 


Used a value of A = .3549 in the losses computation, reported as .35. 
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Table 29.7 Proponent Study Projection of Future Values for the Study Area 


Study Peak-MW Energy - MWh Losses PW PW Losses 
Year Demand Losses Sales Losses Cost Factor Cost 

Base 18.2 1.36 75,932.5 3,989.2 $142,253 1.000 $142,253 
] 18.6 1.42 77,527.1 4,158.5 $148,290 0.900 $133,461 
2 19.9 1.63 82,900.0 4,754.9 $169,556 0.810 $137,341 
3 20.3 1.70 84,640.9 4,956.7 $176,753 0.729 $128,853 
4 20.8 1.77 86,4183 5,167.0 $184,254 0.656 $120,889 
5 212 1.84 88,233.1 5,386.3 $192,074 0.590 $113,418 
6 Zi] 1.92 90,086.0 5,614.9 $200,226 0.531 $106,408 
Y 22.1 2.00 91,977.8 5,853.2 $208,724 0.478 $99,832 
8 22.6 2.09 93,909.3 6,101.7 $217,582 0.430 $93,662 
9 23.0 2.18 95,881.4 6,360.6 $226,816 0.387 $87,873 
10 23.5 2.21 97,894.9 6,630.6 $236,443 0.349 $82,443 
11 24.0 2.36 99,950.7 6,912.0 $246,478 0.314 $77,347 


12 24.5 2.47 102,049.7 7,205.3 $256,938 0.282 $72,567 
13 25.0 257 104,192.7) 7,511.1 $267,843 0.254 $68,082 
14 25.6 2.68 106,380.8 7,829.9 $279,211 0.229 $63,874 
15 26.1 2.19 108,614.8 8,162.2 $291,061 0.206 $59,927 
16 26.7 2.91 110,895.7 8,508.6 $303,414 0.185 $56,223 
17 212 3.03 113,224.5 8,869.7 $316,291 0.167 $52,748 
18 27.8 3.16 115,602.2 9,246.2 $329,714 0.150 $49,488 
19 28.4 3.30 118,029.99 9,638.6 $343,708 0.135 $46,430 
20 29.0 3.44 120,508.5 10,047.7 $358,295 0.122 _ $43,560 


SI 


$1,694,427 


Each of these values is in a reasonable range for its type of data. All are defendable, if 
ultimately perhaps not quite as defendable as the objective values given in 
Thus, this study is a valid proponent study, an analysis of one possible situation (growth 
could be greater than expected, losses might be higher than measured, etc.). Perhaps this 
scenario is not too likely — it is the proponent’s job to explain why it should be taken 
seriously — but the study is making a case for a particular decision (build big wire). The 
reader should note that particular example does not play completely “fair,” because it uses 
round off masking to slightly hide its nature. 

A very powerful argument in favor of the favored case. The result of these changes 
(Table 29.7) is that the “must do something” date moves forward another year, and the 
projected PW losses cost is $1,694,427. This last is an increase of more than 30% over the 
value in the objective case, and twice the impact from the bogus study. If, in addition, the 
proponent planner had adjusted in his favor the demand and energy cost of losses (arguing 
perhaps they would rise over time), line length estimates and cost estimates (all these are, 
after all, only estimates for new facilities not yet built), his proponent study could easily 
have reached a 50% greater losses cost than a purely objective case. 


Example 3: Round-Off Masking Alone 


The final example, in|Table 29.8, shows the projections for this example recomputed with 
all of the base values (those shown in|Table 29.2) “pushed” to the limit of round-off 


masking, adjusted as much as possible to help this case but so that they still appear to be 
identical when listed with the same number of decimal places as in that table. Here, no 
“special load” is used in the forecast, but peak load growth rate used is actually 2.049%, 
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Table 29.8 Study Results Using Round-Off Masking at Its Maximum 


Study Peak-MW Energy - MWh Losses PW PW Losses 
Year Demand Losses Sales Losses Cost Factor Cost 

Base 18.0 1.305 70,956.0 3,267.9 $123,817 1.000 $123,817 
I 18.4 1377 72,375.1 3,422.2 $129,663 0.900 $116,697 
2 18.7 1.434 73,822.6 3,564.0 $135,034 0.810 $109,377 
3 19.1 1.494 75,299.11 3,711.6 $140,627 0.729 $102,517 
4 19.5 1.555 76,805.1 3,865.3 $146,452 0.656 $96,087 
5 19.9 1.620 78,341.2 4,025.4 $152,518 0.590 $90,060 
6 20.3 1.687 79,908.0 4,192.2 $158,835 0.531 $84,411 
7 20.7 1.757 - $1,506.1 4,365.8 $165,414 0.478 $79,117 
8 21.1 1.830 83,1363 4,546.6 $172,265 0.430 $74,155 
9 21.5 1.905 84,799.0 4,735.0 $179,400 0.387 $69,503 
10 21.9 1.984 86,495.0 4,931.1 $186,831 0.349 $65,144 
11 22.4 2.066 88,2249 5,135.3 $194,570 0.314 $61,058 
12 22.8 2152 89,989.4 5,348.0 $202,629 0.282 $57,228 
13 255 2.241 91,789.2 5,569.5 $211,022 0.254 $53,639 
14 23.8 2.334 93,624.9 5,800.2 $219,762 0.229 $50,275 
15 24.2 2.431 95,497.4 6,040.5 $228,865 0.206 $47,123 
16 25.0 2.531 98,446.7 6,290.7 $238,344 0.185 $44,166 


17 225 2.636 100,464.9 6,551.2 $248,217 0.167 $41,396 
18 26.0 2.745 102,524.4 6,822.6 $258,498 0.150 $38,799 
19 26.5 2.859 104,626.1 = 7,105.2 $269,205 0.135 $36,366 
20 27.1 2.977 106,771.0 7,399.5 $280,355 0.122 $34,085 

$1,351,200 


which would be reported as 2.0%. Similarly, peak demand is not 18.000 MW but 18.049, 
which will be reported as 18.0, losses at peak at 3.149 rather than 3.105 MWH (both 
reported as 3.1), and so forth. The computed PW value of losses is now $1,351,200, which 
is 3.7% greater than in the objective case. This is a representative example of round-off 
masking. Typically a 2.5 to 5% bias in results can be hidden using that approach. 


Important Points Illustrated by These Examples 


Cheating involves a lot of work. One point the foregoing examples made clear is that 
“cheating” involves a good deal of work and requires great skill. Thus, a very pragmatic 
point for reviewers to weigh when considering whether a particular report might contain 
bogus or proponent bias is the level of resources and skill the preparers had. It is next to 
impossible to “cheat” or even build a good proponent case without using noticeably more 
resources than required to do a good, objective job. 

Cheating requires tailoring to specific characteristics. In addition, these examples 
also showed that artful use of the rules and techniques of bias given earlier requires careful 
attention to and tailoring of the details of each particular planning situation. Had the load 
growth history and situation been different in this case, a different “impressively complex” 
forecast method might have been needed, and different data values would have been 
modified in different ways than shown here, to achieve the desired bogus results. Had 
different operating and losses data been available or unavailable, the planner might have 
selected different approaches and areas for adding “adjustment” to his losses analysis. For 
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this reason, the reader may think that the example used here is not typical and that its results 
are neither a good lesson nor generalizeable. The manner of achieving them is definitely not 
generalization, but the approach and results are very typical: cheating requires attention to 
the context and flexibility to tailor the bogus adjustments around opportunities presented by 
each specific case. Thus, the most important generalizeable result about bias: 


Every T&D planning situation is different, and 
anyone who has deliberately biased or adjusted 
the results of a particular study will have worked 
to use the specifics of that particular case or 
situation to his advantage as much as possible. 


Any significant bias, particularly if disguised and hidden well, will have been achieved 
by very careful attention to the nature of the planning situation with extreme care in 
adapting approach and manner of application of bias to that specific situation. This means 
bias is not easy to add to a study, whether that bias is to be completely hidden in a bogus 
study or revealed but accepted as “reasonable” in a proponent study. It also means that 
reviewers are unlikely to discover that bias unless they, too, study the specifics and look at 
the detail. 

Thus, the foregoing examples fairly represent the way that bias is accomplished, the 
typical levels of bias that can be achieved, and the level of work required to successfully 
create the bias and hide it. As a rule of thumb, usually 15%-20% bias can be worked into a 
bogus study of any complicated T&D situation, without that favoritism being obvious to 
someone who is not looking for it and who does not have considerable time and expertise 
for review. Close to 30% or more bias is usually possible if the planner is willing to declare 
his proponent perspective but still “play by the rules” and keep values within “reasonable” 
ranges. Round-off alone, used artfully if perhaps unethically, can hide a bias of up to 5% in 
the results of a study that purports to use perfectly sound values. 


29.7 GUIDELINES FOR DETECTING, FINDING, AND EVALUATING BIAS 


This section discusses how a reviewer can search for and find mistakes or bias in a planning 
study report, and gives some guidelines for doing so. Most biased reports the author has 
encountered were either legitimate proponent studies or studies that were meant to be 
objective but contained inadvertent bias due to mistakes or inexperience. Bogus planning 
studies — deliberate attempts to mislead — what might termed “enemy action,” are quite rare 
but often focused on quite important issues or projects. Studies that resort to “outright 
lying” (alteration of final results) are exceedingly rare and the author’s experience is that 
the issues at stake are usually much more important to the one individual responsible for the 
alterations than to anyone else, perhaps to a completely unreasonable degree. 

Finding bias in a planning study, whether it was intentional or accidental, can require a 
good deal of effort. Generally, independent verification of data and computation aimed at 
reproducing the results will always reveal it. But that can involve an amount of work equal 
to the project itself and is also sometimes not possible because a biased report may avoid 
giving some key factor or detail needed to reproduce its results exactly. The guidelines 
given here can both shorten the time required and reduce the work involved. 

Generally, the goals of review for bias go beyond just determining if the study is biased. 
They include: 


Determine if mistakes or bias are present in the report. 


If mistakes or bias are found, determine their nature. 
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Adjust the study so its results are objective or at least 
determine the qualitative impact of the changes. 


If hidden bias (a bogus nature) is found, efforts to prove that the efforts to hide it were 
deliberate is not recommended. Proving motive is nearly impossible and nearly always a 
waste of time. Beyond that, our society is often quite litigious and such accusations can lead 
to considerable unpleasantness and expense that distract one from the main goal: 
identifying and using the objective results. In those rare cases where one is certain that the 
bias was deliberate and achieved for the meanest of motives, the recommended course is 
simply to get on with the job of exposing the bias and providing correct “objective” results, 
and to never again work with the people who produced the bogus report. 


Looking for Mistakes, Rather than Bias 


A search for inadvertent mistakes in a planning report can be more difficult than searching 
for hidden bias, because there will be no “proponent” motive to hint at where the mistake 
(non-standard method or data) will be located in the planning study’s procedure and 
analysis. In the author’s experience, the following steps, in addition to those guidelines 
given later in this section, help shorten the process of review for mistakes. 


New procedures 


Examine first any areas where the planners who produced the report are inexperienced or 
where they had to apply what is for them a new or non-standard procedure. For example, a 
study of demand-side management options done as part of an integrated resource T&D 
plan, by planners experienced only in T&D planning, is more likely to have a mistake in the 
DSM analysis than in the T&D planning portion. 


Verify the use of analytical tools 


If a standard commercial software package (e.g., load flow and short circuit) was used for 
the basic analysis, generally one need merely verify that it was properly set up and applied: 
mistakes in the use of such tools by experienced planners are rare. One-of-a-kind or 
customized programs developed by the planners need to be checked much more thoroughly 
— the author’s experience is that all such programs contain mistakes, sometimes benign as 
far as impact on results, but that roughly 10% of such programs have serious flaws. These 
are often not outright “mistakes” as much as inappropriate short-cuts or oversights, 
approximations whose impact was underestimated or never verified through proper testing. 


Check Spreadsheet Results 


The most common mistake the author encounters in reviewing planning studies is an error 
in a spreadsheet template used for engineering computations. Electronic spreadsheet 
templates are computer programs written in a very high-level, user-programmable 
language. Like all other computer programs, they can and often do have “bugs” in them. 
But unlike much other software, templates rarely go through a disciplined design and 
verification process. Most do not include features to identify input mistakes, venfy 
computations, or test final values for possible error. They are seldom thoroughly tested 
before being applied. And, very often, they are not documented well, their developers 
assuming that they will remember their program’s quirks and foibles when they next need 
it. 

Any review of a spreadsheet program is best done by having the actual template 
program to test. However, usually a planning study reviewer will have to work with only 
the written tables in a report. Recommended procedure in such case is to “test” the report’s 
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spreadsheet by reproducing some of its values from tables in the planning report, 
concentrating on mistakes commonly made because of the spreadsheet’s nature. The most 
frequently encountered mistakes found by the author in spreadsheets are: 


a) Conversion factors are inverted, for example, the mistake in HP to watts 
conversion cited earlier. That mistake was made within a spreadsheet used 
for motor efficiency analysis in DSM studies. 


b) Computations that were reproduced in columns and rows using the “copy 
down” or “copy right” feature are shifted by one cell from their proper 
value. gives an example, showing at the top the correct values 
for the analysis. 

In the lower table, each year’s PW cost is incorrectly computed using 
the following year’s PW factor (compare the circled values for the base 
year, in the bottom table, to their correct conclusion in the upper table). The 
result is that each year’s PW cost, and thus the entire sum for the period, is 
computed as 11% lower than it actually it, so that the resulting computed 
cost/kilowatt hour is 11% low.’ 


Imported data 


Often planners who do not have utility-specific data for a particular study of their utility 
will use values taken from another utility or from an industry-wide survey. An example 
would be a reliability planning study that used equipment failure rates “borrowed” from 
another utility company because the planners had not collected such information on their 
own system. The imported data may in fact be appropriate, but it is prudent to verify that it 
is to the extent possible, and to determine if and why values in the utility might vary from 
those imported and what possible bias that deviation might cause. 


Verify the values of set-up data, 
conversion factors, and key coefficients 


Many mistakes occur because of lack of oversight in checking input variables and factors. 
The most famous gaffe of this nature, from outside of the power industry, is perhaps the 
mistaken application of dimensions measured in centimeters as inches in the design of the 
Hubble space telescope. The previously cited example about inversion of the conversion 
factor for horsepower to kilowatts is a good example from the power industry. 


° This spreadsheet was developed by the author along the lines of a very controversial mistake found 
during a review of a proponent DG study. Table 29.9 shows, like the original, a second “mistake,” 
which if not made would likely have revealed the first and indicated possible “enemy action.” The 
basic “mistake” (circled values) is that each year’s PW was multiplied times the following year’s 
PW factor. Thus, the first-year PW was listed as $668,092 (.90 x $742,324) when it should have 
been $742,324 (1.00 x $742,324), etc. 

At first, this appears to be a simple mistake in getting the rows correct in a column computation, 
as was explained above. But in that case, how did the last value in the PW cost by year column 
($16,466) come about? That is the correct value for that year’s cost ($183,524) times the next year’s 
PW factor. But there is no “next year” in the table. Investigation eventually tumed up evidence that 
the table had been deliberately altered. But following the author’s advice given earlier in this 
chapter, when found, this error (which very effectively reduced the estimated cost/kilowatt by 11%) 
was merely labeled as an “inadvertent mistake” rather than the suspected “enemy action.” 
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Table 29.9 Example of a Common Type of Spreadsheet Mistake 


Correct table ~— (from Table 10.4) Twenty-Year Evaluation of Table 10.3’s DG Unit 
for 3,000 Hours per Year Operation at Full 1,100 kW Output 


Study Unit Maint. Fuelt Annual PW Disc. NetkWh __ Discntd. 
Year &Site &Insp. Cost Cost Factor — Cost Production Production 


0 $610,274 $11,270 $120,780 $742,324 1.000 $742,324 3,300,000 3,300,000 
} $3,474 $11,270 $120,780 $135,524 0.900 $121,972 3,300,000 2,970,000 
5 $3,474 $83,270 $120,780 $207,524 0.810 $168,094 3,300,000 2,673,000 
3 $3,474 $11,270 $120,780 $135,524 0.729 $98,797 3,300,000 2,405,700 
4 $3,474 $11,270 $120,780 $135,524 0.656 $88,917 3,300,000 2,165,130 
5 $3,474 $83,270 $120,780 $207,524 0.590 $122,541 3,300,000 1,948,617 
6 $3,474 $11,270 $120,780 $135,524 0.531 $72,023 3,300,000 1,753,755 
7 $3,474 $11,270 $120,780 $135,524 0.478 $64,821 3,300,000 1,578,380 
8 $3,474 $83,270 $120,780 $207,524 0.430 $89,332 3,300,000 1,420,542 


9 $3,474 $11,270 $120,780 $135,524 0.387 $52,505 3,300,000 1,278,488 
10 $3,474 $11,270 $120,780 $135,524 0.349 $47,254 3,300,000 1,150,639 
Bt $3,474 $83,270 $120,780 $207,524 0.314 $65,123 3,300,000 1,035,575 
12 $3,474 $11,270 $120,780 $135,524 0.282 $38,276 3,300,000 932,017 
13 $3,474 $11,270 $120,780 $135,524 0.254 $34,448 3,300,000 838,816 
14 $3,474 $83,270 $120,780 $207,524 0.229 $47,475 3,300,000 754,934 
15 $3,474 $11,270 $120,780 $135,524 0.206 $27,903 3,300,000 679,441 
16 $3,474 $11,270 $120,780 $135,524 0.185 $25,113 3,300,000 611,497 
17 $3,474 $83,270 $120,780 $207,524 0.167 $34,609 3,300,000 550,347 
18 $3,474 $11,270 $120,780 $135,524 0.150 $20,341 3,300,000 495,312 
19 $3,474 $59,270 $120,780 $183,524 0.135 $24,791 3,300,000 445,78] 
TOTAL $3,797,280 $1,986,661 66,000,000 28,987,970 
Evaluated cost = 6.85 cents per kilowatt hour 


Incorrect table — including an error copied down a column — see text for details 


Study Unit Maint. Fuel+ Annual PW Disc. NetkWh _ Discntd 
Year &Site &Insp. Cost Cost Factor Cost Production Production 


0 $610,274 $11,270 $120,780 3,300,000 3,300,000 
1 $3,474 $11,270 $120,780 $135,524 ; »109,774 3,300,000 2,970,000 
2 $3,474 $83,270 $120,780 $207,524 0.81 $151,285 3,300,000 2,673,000 
3 $3,474 $11,270 $120,780 $135,524 0.73 $88,904 3,300,000 2,405,700 
4 $3,474 $11,270 $120,780 $135,524 0.66 $79,959 3,300,000 2,165,130 
5 $3,474 $83,270 $120,780 $207,524 0.59 $110,195 3,300,000 1,948,617 
6 $3,474 $11,270 $120,780 $135,524 0.53 $64,780 3,300,000 1,753,755 
7 $3,474 $11,270 $120,780 $135,524 0.48 $58,275 3,300,000 1,578,380 
8 $3,474 $83,270 $120,780 $207,524 0.43 $80,312 3,300,000 1,420,542 
9 $3,474 $11,270 $120,780 $135,524 0.39 $47,298 3,300,000 1,278,488 
10 $3,474 $11,270 $120,780 $135,524 0.35 $42,555 3,300,000 1,150,639 
1] $3,474 $83,270 $120,780 $207,524 0.31 $58,522 3,300,000 1,035,575 
12 $3,474 $11,270 $120,780 $135,524 0.28 $34,423 3,300,000 932,017 
13 $3,474 $11,270 $120,780 $135,524 0.25 $31,035 3,300,000 838,816 
14 $3,474 $83,270 $120,780 $207,524 0.23 $42,750 3,300,000 754,934 
15 $3,474 $11,270 $120,780 $135,524 0.21 $25,072 3,300,000 679,441 
16 $3,474 $11,270 $120,780 $135,524 0.19 $22,633 3,300,000 611,497 
17 $3,474 $83,270 $120,780 $207,524 0.17 $31,129 3,300,000 350,347 
18 $3,474 $11,270 $120,780 $135,524 0.15 $18,296 3,300,000 495,312 


19 $3,474 $59,270 $120,780 $183,524 0.14 $16.466 3,300,000 445,781 
TOTAL $3,797,280 $1,781,754 28,987,971 
Evaluated cost = 6.146 cents per kilowatt hour 
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A common “mistake” also deliberately used to bias absolute results 


There is one additional step that sometimes works very well in cases where cost- 
effectiveness (some sort of benefit/cost ratio) is the performance or decision metric. It is 
actually a major and very visible change, but it is an effective sleight-of-hand for creating 
bias because many planners and most reviewers do not immediately see the illegitimacy of 
this change. This “mistake” — whether inadvertent or deliberate - has been encountered by 
the author more than any other in planning studies of DG, DSM, and distribution 
automation — technologies where evaluation using some form of B/C ratio is typical. 

The ploy involves discounting future costs, but not future benefits, in any evaluation 
using a metric based on benefit/cost (B/C) ratio. explains that this is always a 
mistake (see[Table 5.6]and accompanying discussion). This “mistake” will greatly improve 
the B/C ratio of evaluated alternatives, making them appear much more attractive. In the 
deliberately absurd example used to illustrate this type of mistake in Chapter 5, the cost per 
kilowatt hour of electric power was calculated as 3.21¢/kWh when its actual cost was 
known to be 10¢/kWh,; this “trick” increased the calculated B/C ratio in that example by a 
factor of over three, which is indicative of just how much bias it typically produces. 

Discounting benefits and costs by different amounts in any long-term evaluation where 
a cost and value ratio is used as the performance metric is a/ways an error — there are no 
circumstances in which it is ever correct. Both must be discounted in the same manner, or 
neither must be discounted, to be valid. (However, using such ratios, even when 
mathematically valid, may prove ineffective as the sole metric in some studies, it is often 
best to also use a business-case test, too.) Regardless, when cost is measured in monetary 
units (as it usually is) but the benefit or product is not, many planners and managers forget 
to follow this rule, or will accept results when that has not been done. A few will even argue 
vehemently that discounting of benefits is not required. Thus, this particular ploy is quite 
effective in “proving” that unattractive projects are actually worthwhile. 


Example 


illustrates the use of this “mistake” with evaluation of a 440 kW wind-power 
generator for economic viability over a 20-year period. Column 1 gives the year, and 
column 2 the total expenses in each year. Year 1 costs include the purchase and installation 
of the unit ($1,000,000) plus operating costs for half a year ($50,000); subsequent years 
have only an operating cost of $100,000 each year. Column 3 gives the total energy 
production expected from this generator each year, and lists the sum of total production 
over the twenty-year period at its bottom. Column 4 lists a PW factor for each year based 
on a 90% PWF, used to compute column 5’s PW costs. Taking the discounted cost (PW 
total of $1,840,581) and dividing that by the undiscounted production sum (38,789,280 
kWh) provided an evaluated cost per kilowatt of 4.745¢/kWh: the unit is fairly competitive 


— cost per kWh is less than 5¢. 

and Ulustrate in two different ways the dilemma this analysis 
produces. Table 29.11 calculates the cost per kilowatt for each individual year in the 
twenty-year period simply by taking that year’s costs and dividing them by the year’s 
production. Setting aside the base year with its high initial costs, it shows that the 
production cost based on only operating cost in each subsequent year is fully $5.28 cents 
per kilowatt, or 11% more than the evaluated total cost/kWh for the period in Table 29.10. 

Table 29.12 shows a “profitability” analysis based on an assumption that every kilowatt 
hour can be sold for 7.5¢ (revenue for each year is just production times $.075. There, both 
costs and revenue are discounted in each year, added to totals, and their sums compared at 
the bottom of the table. PW of all costs ($1.841 million) is greater than the $1.193 million in 
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Table 29.10 Cost and Production of a DG Unit 
Year Costs-$ Production-kWh PWF PW cost 


0 $1,050,000 
1 $100,000 
2 $100,000 
3 $100,000 
4 $100,000 
5 $100,000 
6 $100,000 
7 $100,000 
8 $100,000 
9 $100,000 
10 $100,000 
11 $100,000 
12 $100,000 
13. $100,000 
14 $100,000 
15 $100,000 
16 $100,000 
17 $100,000 
18 $100,000 
19 $100,000 
20 $100,000 
Totals 


946,080.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892, 160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 
1,892,160.00 


1,892,160.00 
38,789,280.00 
Evaluated cos/kWh = 4.745¢/kWh 


1.000 
0.900 
0.810 
0.729 
0.656 
0.590 
0.531 
0.478 
0.430 
0.387 
0.349 
0.314 
0.282 
0.254 
0.229 
0.206 
0.185 
0.167 
0.150 
0.135 
0.122 


$1,050,000 
$90,000 
$81,000 
$72,900 
$65,610 
$59,049 
$53,144 
$47,830 
$43,047 
$38,742 
$34,868 
$31,381 
$28,243 
$25,419 
$22,877 
$20,589 
$18,530 
$16,677 
$15,009 
$13,509 
$12,158 
$1,840,581 


Table 29.11 Annual Production Cost of the DG Unit 


Year Costs-$ Production-kWh  Cost/kWh for Year -¢ 
0 $1,050,000 946,080.00 110.98 
1 $100,000 1,892,160.00 5.28 
2 $100,000 1,892,160.00 5.28 
3 $100,000 1,892,160.00 5.28 
4 $100,000 1,892,160.00 5.28 
5 $100,000 1,892, 160.00 5.28 
6 $100,000 1,892, 166.00 5.28 
Z $100,000 1,892,160.00 5.28 
8 $100,000 1,892,160.00 5.28 
9 $100,000 1,892,160.00 5.28 
10 $100,000 1,892,160.00 5.28 
11 $100,000 1,892,160.00 5.28 
12 $100,000 1,892,160.00 5.28 
13 $100,000 1,892,160.00 5.28 
14 $100,000 1,892,160.00 5.28 
15 $100,000 1,892,160.00 5.28 
16 $100,000 1,892,160.00 5.28 
17 $100,000 1,892,160.00 5.28 
18 $100,000 1,892,160.00 5.28 
19 $100,000 1,892,160.00 5.28 
20 $100,000 1,892,160.00 5.28 
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Table 29.12 Cost and Revenues Assuming Power is Sold at 7.5¢/kWh 


Year Costs-$ SalesofPower-$ PWF 


PW Cost PW Sales 


1165 


0 $1,050,000 $70,956 1.000 $1,050,000 $70,956 
1] $100,000 $141,912 0.900 $90,000 $127,721 
2 $100,000 $141,912 0.810 $81,000 $114,949 
3 $100,000 $141,912 0.729 $72,900 $103,454 
4 $100,000 $141,912 0.656 $65,610 $93,108 
5 $100,000 $141,912 0.590 $59,049 $83,798 
6 $100,000 $141,912 0.531 $53,144 $75,418 
7 $100,000 $141,912 0.478 $47,830 $67,876 
8 $100,000 $141,912 0.430 $43,047 $61,088. 
9 $100,000 $141,912 0.387 $38,742 $54,980 
10 $100,000 $141,912 0.349 $34,868 $49,482 
11 $100,000 $141,912 0.314 $31,381 $44,533 
12 $100,000 $141,912 0.282 $28,243 $40,080 
13 $100,000 $141,912 0.254 $25,419 $36,072 
14 $100,000 $141,912 0.229 $22,877 $32,465 
15 $100,000 $141,912 0.206 $20,589 $29,218 
16 $100,000 $141,912 0.185 $18,530 $26,297 
17 $100,000 $141,912 0.167 $16,677 $23,667 
18 $100,000 $141,912 0.150 $15,009 $21,300 
19 $100,000 $141,912 0.135 $13,509 $19,170 
20 $100,000 $141,912 0.122 $12,158 $17,253 
$3,050,000 $2,909,196 $1,840,581 $1,192,885 


Sales/Cost = .954 Sales/Cost = .648 


PW revenues. This is a money-losing proposition even at a sale price that is half again as 
high as the “evaluated cost per kilowatt” from (One obtains the same 
qualitative result if undiscounted costs and undiscounted sales are used, $ 3,050,000 in costs 
versus $2,909,196 in revenues). Table 29.12’s analysis, in which production is converted to 
revenue, is one where many planers would recognize the need to discount both costs and 
“benefits” (revenue) since the “benefits” are measured in dollars like the cost. Yet the 
bottom line on this particular DG case is that any evaluation of a performance ratio like that 
in Table 29.10 must discount both cost and benefits equivalently for a ratio computation to 
have any validity.’° 

This error can be found in a large minority of technology studies, particularly those done 
by proponents of the new technology. It is often an inadvertent mistake (the persons doing 
the study do not know better) reinforced by their enthusiasm bias — the results look good so 
the persons doing the work accept them as real). 


'° The correct 20-year cost/kilowatt for this situation, obtained by dividing the discounted cost by the 
discounted production, is 11.57¢/«kWh. One can also compute the ratio using undiscounted numbers 
and obtain 7.86¢/kWh. The difference in these values occurs because of the very different timing of 
the cost (much of it up front) and production (most of it over time) and highlights a challenging 
aspect of working with time-discounting of money, and shows the value of time discounting. 
Anyone expecting to make money on this as a business venture would apply discounting because of 
the very different timing of when they spend their money versus when they get it back. 
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Guidelines and Recommendations When Looking 
for Deliberate Bias in a Planning Report 


What might be termed outright chicanery — blatant lying via alteration of final results in a 
T&D or technology planning evaluation — is extremely rare.'' That type of alteration can 
only be identified by working through enough of the report’s analysis and conclusions to 
confirm its results. Confirmation will usually come rather quickly, because interim results 
and conclusions will not work out as written in the report. 

Bogus studies, while rare, are another matter. In these, the analysis is valid, and the 
reported numbers may look good, too, in the sense that the numbers listed will give the 
results stated (except for the effect of round-off errors which might be random or the result 
of masking attempts). Many of the guidelines given later in this section, which key on 
patterns and comparisons, are useful for detecting and analyzing such hidden bias. 

But the most common type of “biased” report to be found in the power industry is the 
legitimate proponent study. Some of these explicitly state their nature, freely declaring they 
are intended to make a case for a particular outcome of recommendation. Others do not 
declare their nature, but do nothing to hide their nature. Proponent reports generally play 
fair, just by a looser set of rules on data and scenarios than used in completely objective 
studies. Exactly how and where adjustments and different approaches are used depends 
somewhat on the goals of the bias, as stated earlier in this section. Regardless, the goal of a 
reviewer is to determine if bias exists, how extreme it is, and what difference it makes. 


Cheaters make mistakes, too 


One point a reviewer must always keep in mind is that mistakes can occur in biased reports 
(bogus or proponent) just as they can in objective reports. Therefore, a reviewer of a biased 
report needs to look for those, too. 


Not all deliberate differences and discrepancies are bias 


As discussed earlier, there are many “gray areas” subject to interpretation about key factors 
in some T&D planning studies. An artful “cheat” can make use of these to provide a large 
cumulative bias in the results of an apparently objective study. However, reviewers should 
bear in mind that some experienced, objective planners may hold different opinions or take 
different approaches than the reviewer, due to a different opinion as to what is objective. 
Many planners have personal “quirks” or preferences in their work that they apply, based 
on experience and a true belief that it provides more objective results.’ Thus, not all 
“discrepancies” in set up or key data variables are indicative of deliberate bias. Instead, they 


'' The author has encountered only one situation in his career where bias was introduced into a report 
in so blatant a manner. A forecast and planning evaluation done for one utility by the author’s 
consulting team produced results that one particular manager did not like. This person simply edited 
the author’s final report, changing the numbers in various tables to support the recommendations he 
wanted to be approved and deleting the word “not” from sentences in the executive summary and 
recommendations section that concluded the additions were not justified in the area. Only by chance 
was this alteration caught and the situation corrected. (In this case, an unmistakable “paper trail” 
made it clear who had altered the report, and it was obviously done to mislead. The manager was 
fired as a result.) 


'2 As does the author, who usually adjusts impedances for overhead lines to 3% above the number 
obtained from strict “as the line runs” distances from a map, to account for the slightly greater-than- 
straight-line-distance of conductor span catenary, and the inevitable slight inefficiencies lines have 
in following routes on a map. 
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may be an honest attempt to provide the best possible objective review from what is merely 
a different perspective. 

Given below in the order of suggested application are the author’s guidelines for 
reviewing reports for mistakes and particularly for detection of deliberate bias whether 
bogus or proponent in nature. 


Set the overall context: what is the goal of the bias? 


Any proponent study, and any bogus study, will have a specific goal for its bias, some 
favored outcome or case for which the bias gives support. Knowing this goal provides 
important clues when looking for bias, for it provides the reviewer some indication of 
where adjustments to data and method might be found. Many proponent studies seek to re- 
arrange the relative rankings of several options to make a favored alternative first among all 
alternatives being considered. By contrast, some bogus or proponent studies seek to change 
the absolute results, to make the “winning” alternative, or any alternative being considered, 
rise above or fall below some absolute threshold — for example profitability in a business 
case evaluation or a B/C ratio test of greater than 1.0. Knowing the probable goal of 
deliberate bias can help a reviewer determine where to look for that bias in a proponent 
report. 

When the goal is to “re-arrange” relative rankings. Most typically, anyone intent on 
biasing a study in favor of one alternative over others will alter input data and factors in the 
analysis to overemphasize every positive difference his favored alternative has and 
minimize its negative aspects. He will also do the opposite to the competing alternatives. 
Therefore, the first place to start with a review for bias in a planning study that compares 
several alternatives and selects the best is to ask “what are the major differences among the 
alternatives?” The reviewer then examines areas where adjustments would affect the costs 
and performance of those aspects. For example, if a study is evaluating six substation sites 
for what will otherwise be an identical substation (i.¢., same type, size, and construction of 
equipment, just to be put at a different site), then data such as equipment costs, assembly, 
and commissioning costs will not have been altered. Such alteration would not affect the 
resulting relative ranking of these alternatives. Bias, if introduced, will be in the data values 
and set-up factors relevant to the sites and the costs and constraints associated with them or 
the circuit getaway costs from each site. 

As Rule 2 from section 29.2 explained, usually the most difficult-to-detect bias is 
created by using a combination of subtle adjustments to many data values, each value kept 
to well within the range that would seem reasonable to experienced planners. A large 
cumulative advantage can be created for a preferred alternative by altering all of its costs, 
performance factors, etc., slightly in its favor and altering the data for the other alternatives 
to their disadvantage. (A card sharp can win a poker game by both dealing himself a 
winning hand and dealing other players losing hands). Thus, the favored site among several 
for a new substation might be given slightly lower estimated site-preparation costs, and 
similarly be given estimated costs for feeder getaways at the low end of the range. 
Simultaneously, these same costs for the other options would be altered upward, to be on 
the high side of the typical range expected. But whatever combination of adjustments is 
made will focus on altering the relative rankings of options with respect to the decision 
metric being used. 

Earlier in this chapter, and again later in this section, the pattern of data changes is 
emphasized as the most important aspect of detection and analysis when looking for bias. 
With respect to detection and identification of bias in a relative-ranking study, one good 
place for a reviewer to start is by looking for patterns among various categories of cost 
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estimates among the alternatives. Some costs used in a planning study will always be 
estimates, hard data being impossible to obtain in advance. These data are a very ripe area 
for adjustment in any proponent study (following Rule 3 in section 29.2) and are also where 
one would expect to see inadvertent mistakes made by an inexperienced planner. It is most 
likely that adjustments, if made, are made to these data rather than to “harder” factors 
whose exact values are easier to verify. An example is the cost of clearing, leveling, and 
preparing a substation site and installing the grounding and foundation piers for its 
equipment. Although the exact area of each site (in acres or square yards, etc.) is known 
precisely, as is its altitude and location and its distance from other facilities, the preparation 
costs depend on site-specific factors and will remain estimates until the job has been 
executed. 

illustrates such a pattern analysis among three input data categories for six 
candidate substation sites, A through F. Here, the data have been taken from the planners’ 
report and each category of estimate plotted on a range of “reasonable values” for that 
variable. All the values for all the sites are within the reasonable range for each vaniable, 
but one site consistently has data estimates at the low end of each scale, while the type of 
variation one would expect to see among a group of candidate sites is restricted to the upper 
half of each data range for the remainder of the sites. This pattern alone is no proof that bias 
exists ~ maybe site D truly is an exceptionally advantageous site. However, this pattern 
analysis does indicate a need for further investigation — a call for documentation to sustain 
those estimate. If these and the estimates for the other sites are valid there will be very 
convincing arguments for why they are so low in every case for this one site.” 

Beyond adjustments to the data for individual alternatives in the manner discussed 
above, bias may also have been introduced into the study by altering economic factors, set 
up data, and/or performance measures to favor the preferred alternative. This approach is 
usually only effective when there is a significant difference in the spending schedules, or 
some other major performance category, among the various alternatives. For example, if 
the preferred alternative involves considerable capital spending early in the planning 
period, while one or more of its competing alternatives involves later, or no, capital 
spending and higher continuing annual costs, then an increase in PW factor will favor the 
preferred alternative. However, if all alternatives spend a good deal of capital in the same 
year (as for example in Figure 29.1’s example case, where the issue is not if but merely 
where to build a new substation), then time discount factors will probably not be an issue in 
any bias. 

Another example would be a situation where underground (UG) equipment was being 
compared to overhead (OH) feeder construction. While bias could be introduced by 
adjusting various costs and line measures for each of the two categories, the importance or 
weighting of reliability measures might be have been biased by the planners doing the study 
in order to give one an advantage over the other. Generally, UG systems have a lower 
frequency of outages but a much higher repair time (duration to each outage). Thus, a 
greater emphasis on SAIFI as the reliability metric, rather than SAIDI, can subtly bias the 
study in favor of alternatives that involve heavy use of UG lines. 


'? Such as: “This site alone among the six has already been cleared, leveled, and fenced because 
someone else had bought it for another purpose and had begun work before canceling their plans. It 
abuts one of our transmission rights-of-way so we expect low feeder getaway costs; none of the 
other sites do. Only it among the sites is outside of the city limits; it will require fewer permits and 
we will not be required to hire a police officer to direct traffic whenever we are delivering heavy 
equipment to the site or doing construction on the street side.” 
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Figure 29.1 Pattern in cost estimates for six substations, A through F, indicates there may be 
deliberate bias introduced through adjustment of input data. Estimated preparation cost, feeder 
getaway cost, and permitting and licenses costs are plotted for all six substations on a scale indicating 
the feasible range of values, from low to high. Site D, apparently the favored site, uniformly has cost 
estimates that are always at the very low end of the reasonable range. While the other sites exhibit 
variation among them only in the high end of the scale, D is isolated in the lower end of every cost 
category. This pattern is not proof of bias. Perhaps site D really has such advantages and no other sites 
could be found that had anything but uniformly above average costs in every category. But this 
pattern is a reason to look at the data in detail. If site D is this good, there will be an easily verifiable 
basis for why its estimates are all so low while the other substations are all at the high end. 


When the goal is to bias absolute results, There are situations where the goal of 
proponent bias is to affect the absolute answer, such as whether or not a particular 
alternative or set of alternatives meets some minimum threshold for acceptance. Examples 
would be evaluating a proposed project for profitability on a business-case basis, or looking 
at a set of automation alternatives on whether their benefit to cost ratio is greater than 1.00. 

The proponent may have altered input data on all alternatives. For example, if the costs 
for alternative D in Figure 29.1 were pushed to the opposite end, like its competition, then 
all six projects would face greater difficulty in meeting any type of economic threshold, 
whether a benefit/cost ratio test or a profitability test. However, the most often used 
alterations in such situations are adjustments made to the economic factors and performance 
metrics to “raise the bar” of acceptability or “increase the gravity field” for the 
alternative(s), to make it more difficult to clear the threshold. 


First: Check for “big” mistakes 


The most memorable biased distribution planning study that the author has reviewed was a 
proponent report analyzing a new dry-type distribution service transformer design, sent to 
his company by a hopeful inventor and his investors. The report was well-written and quite 
meticulous in addressing every detail, using as an example of the new unit’s advantages a 
rigorously done service plan for a typical residential subdivision, laid out around the use of 
the inventor’s new transformer. The report showed that this new transformer would have a 
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15% lower PW cost than existing pad-mount service transformers, those savings coming 
from a much lower initial capital cost. There were a few minor exceptions that the author 
found in his review of the report’s procedure and details. For example, the electrical losses 
in both transformers and service level circuits were evaluated using losses factors more 
appropriate for semi-coincident (groups of a dozen or more customers) rather than the very 
non-coincident load behavior (groups of two to five) common to the service level (see 
[Figure 19.8). But this made only a slight impact on the study’s overall conclusion. 
However, a review of the report’s computations — arithmetic — revealed that one very 
basic computation was off by an order of magnitude. In the early stages of the customer 
load analysis, the report used the following computation for the peak demand of a 
transformer serving N residential customers, 


Peak demand (N) = C(N) x N x AE/(8760 x LF) (29.4) 


where C(N) is the coincidence factor for N customers (see|Chapter 3) 
AE is the annual energy of a typical residential customer in kWh 
8760 is the number of hours in a year 
LF is the load factor of a typical residential customer 


This is an appropriate formula for estimating the peak demand on a transformer serving 
N customers of this type, given that one has the data values needed. The values given in the 
report were: N = 2, C(2) = .85, AE = 17,500 kWh, and LF = .17, all well within acceptable 
range for the specific residential subdivision example being used. The correct computation 
of this formula gives a peak demand of 19.98 kW for the transformer serving two 
customers. The report computed a value of only 1.998, which it rounded to 2.0 kW, and 
upon this value the report proceeded to outline a plan and develop a business case around 
one new 2.5 kVA transformer for every two households. When correct value was used and 
the new design scaled up to a 20-25 kVA capacity appropriate for the correct peak demand, 
the new transformer was quite uncompetitive, costing about 25% more than existing oil- 
filled pad mount units 

This mistake was truly inadvertent, perhaps the ultimate example of enthusiasm bias, an 
honest error in a calculation made in the very early stage of the transformer’s development 
which was, for whatever reason, never questioned or checked. Such simple “arithmetic 
mistakes” are not as rare as many people would think, although cases where the impact was 
sO severe, or so embarrassing, are quite uncommon. 

It takes little time to look for “big” errors, and sometimes avoids embarrassment later. 


Step 2: Look at all cost estimates 


Cost is one of the first elements of examination in any review, because it is an area where 
considerable interpretation and estimation is required in objective studies, and it will be a 
focus of both proponent and bogus “adjustments,” per Rules 2 and 3 given in section 29.4. 
Any review of a planning study should include a look at its cost estimates for both initial 
capital cost (equipment, construction, and commissioning) and continuing operation and 
maintenance costs. Even an ostensibly “objective” study may contain errors due to poor 
technique or lack of rigor or discipline in costing method. 

But at their worst, cost estimates can be very poor, so that even “objective” reports 
might contain cost data of doubtful legitimacy. Practices, discipline, and continuous 
improvement policies with respect to budget estimation vary widely within the power 
industry. Best practices in cost estimation use proven costing formulae, peer or procedural 
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Figure 29.2 The distribution of actual project costs at one utility showed a remarkable propensity for 
cost overruns. Here, 50 randomly selected projects from each of the three past budget years were 
grouped into 2% incremental “bins” based on how their actual ‘tas completed cost” compared to 
estimated cost when planned. 


review of cost estimates prior to approval, and post-completion review of projects with a 
feedback mechanism to adjust costing factors and methods and improve the system’s 
accuracy for the next round of projects. But some utilities and some T&D planning 
consultants have very loose rules, and little policing of adherence to procedure, and as a 
result many planners apply their own, or no actual method, to the estimation of costs. 
shows the distribution of deviations found in examination of 150 projects 
picked randomly from those done over a three-year period by a large electric T&D utility in 
the United States. While the range and shape of this distribution cannot be taken as typical 
of industry practice, Figure 29.3 is indicative of the wide “gray area” that exists in cost 
estimates used at some utilities. In this case, nine times as many projects came in over 
budget as under budget, and the average project was 13% over budget. Standard deviation 
of budget estimation error is 15%. 


Step 3: Check for “black box” methodology 


Whether used to create bias or not, “black box” methodology ~ analytical techniques and 
procedures that are not fully disclosed and documented in the project’s report or in freely 
available technical references — is completely unacceptable in any study that will be used to 
justify stockholder or rate-payer expenses. Full disclosure of method and calculations and 
proof of verification are mandatory: the report must contain enough specificity about 
techniques and analytical method that the reader can understand each step in the procedure 
completely, as well as how they were linked together to obtain the final conclusion. This 
does not mean that the proprietary details of a commercial software package must be given, 
but any objective report, and any proponent study report that expects to have much impact, 
must disclose and explain the methodology used, the manner of computation of all interim 
and final results, and how all analytical tools were employed. In particular, spreadsheets are 
often neglected in this regard. A report might state something like “values were computed 
from impedance, line lengths, peak load, and load factor using a spreadsheet” without any 
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details of what exactly the spreadsheet computed. A good report would go on to provide 
exactly the formulae and computation method, or full tables of all interim values, as used. “* 

Similarly, very technical computations such as optimization routines are not acceptable 
when described in only short, generic terms (“losses were minimized using an optimization 
routine”). A report must give sufficient detail on method and its application (e.g., “Losses 
were minimized through use of a genetic optimization algorithm that minimized the total 
computed losses in the system by varying the pattern of normally open and closed switches 
in a directed search, always subject to constraints that all load had to be served and all 
voltages and loadings had to be within acceptable limits set by company criteria. Reference 
6 gives more details about the exact algorithm used.) 

Black box methodology and/or poorly written reports giving insufficient detail are 
seldom an issue in any good proponent study - it is too much of an opportunity for 
criticism. It is also atypical in projects that seek to bias while disguising and hiding that fact 
— good card sharps realize an undisclosed methodology is a blatant invitation for further 
investigation. But it is a not-uncommon characteristic of poor or sloppy work. Regardless, 
any study report in which methodology is not disclosed, or is masked by overly technical 
but ultimately incomplete description, should be treated as unsatisfactory. 

Many planning reports and technical papers in which the study methodology is not fully 
disclosed do have noticeable, often very significant bias. This is most often due to 
inadvertent errors — the result of poor methodology — rather than any deliberate attempt to 
guide the result. In the author’s experience most black box methodologies are self- 
developed by the planners and tend to be the result of enthusiasm for technique as much as 
focus on results. They often contain mistakes or great unevenness of analysis (great detail 
and extreme technical detail in one part, much less detail and legitimacy of method in 
others) due to the “enthusiasm bias” discussed earlier in this chapter. 


Step 4: Check for imbalance or unevenness of methodology 


One sign of possible bias in a complicated electric power study is a significant difference in 
the detail and inclusiveness of one part of the study methodology as compared to other 
parts. A most obvious example of unevenness would be a study in which performance and 
cost of several of the options was evaluated with a “screening” methodology, but others 
were evaluated with a more intricate and detailed analytical method. By their very nature 
screening methods are only approximate and it would be too much to expect, without good 
explanation, that these approximations did not affect the analytical results for some options 
more than others. In the author’s experience, this type of unevenness nearly always falls in 
the “inadvertent mistake” or “inexperienced planner” category. Anyone doing a proponent 
study, or anyone attempting to bias and disguise this bias, is unlikely to use such an 
approach, for it is too much of the “uneven playing field” issue discussed at the beginning 
of section 29.3. Like the black-box methodologies above, use of different evaluation 
methods for different alternatives both degrades credibility and increases the likelihood of 
intense scrutiny on the entire report. 

Instead, unevenness of method is much more of a concern with respect to different 
facets of the analysis; one aspect of the evaluation being done in great detail, other parts 


4 For example, the author and his colleagues often use a proprietary software program named PDO 
(Power Delivery Optimizer) in consulting studies for electric utilities. Reports produced for clients 
do not provide the proprietary source code nor specific information about how the program attains 
its tremendous computation speed advantage over other methods. But the program is fully disclosed 
as to numerical method, data used, and manner of application, and technical references published in 
peer-reviewed journals are given to support this documentation and provide further details. 


Copyright © 2004 by Marcel Dekker, Inc. 


Objectivity, Bias, and Accuracy in T&D Planning 1173 


with far less rigor. For example, a study might look at losses, maintenance, and operating 
costs in great detail, but use a “screening” level of approximation for capital equipment and 
construction costs. This type of approach is particularly likely to create an “unobjective 
bias” in any planning study where the alternatives under evaluation differ substantially as 
to their nature, for example if some have heavy initial capital costs and low continuing 
O&M costs, while others are quite the opposite, or if some are all “wires” solutions to 
power capacity expansion, while others use DG or DSM as part of their solution. 

There are occasionally situations where large differences in detail within a methodology 
are legitimate, the lower level of detail in some areas of the study reducing resource 
requirements while having only a benign effect on the study’s conclusions. However, any 
significant unevenness in detail and intricacy of method should be examined carefully and 
its lack of impact verified. 


Step 5: Ask what is missing? 


As emphasized earlier in this chapter, with an example from a Sherlock Holmes short story, 
one point of focus early in a review is to look for what is simply missing. Often, whether by 
mistake or through deliberate intent, necessary factors or particular aspects of the study are 
left out of the study methodology. This process of checking for “what isn’t there” requires a 
thorough knowledge of the specific type of planning problem and analysis method and is 
where experience is quite important to a reviewer. Missing elements in a study can include 
surprisingly blatant omissions of some of the most basic elements of T&D planning and 
engineering procedures, or very subtle exclusions of non-standard, but necessary elements 
under the circumstances, that can very easily go unnoticed. 

Does it matter? The issue for a reviewer is not if an element is missing from the study, 
but whether or not that element’s exclusion from the study changes the study’s conclusions 
or recommendations. For example, if a planning study’s purpose is to select one of six 
possible circuit plans for primary feeders out of a new substation, and all six plans would 
use the same underground feeder get away duct banks, then exclusion of the cost of the 
trenching and the duct bank installation from the study will not affect the study’s objective 
at all. Therefore, if the sole purpose of the study is to pick which of the six sites is best, 
exclusion of these considerations is immaterial. However, if in addition to selection, the 
study’s is developing cost estimates for the utility’s planning (i.e., the cost of the best 
alternative will be used as an implementation estimate in capital planning), then those duct- 
bank related costs must be included. 

Some examples of missing elements that the author has seen in reviews of utility and 
proponent studies are given below, from obvious blunders to subtle mistakes of omission: 


Load related losses were missing from a study of transformer lifetime ownership 
cost done by a proponent of a particular type of amorphous-core transformer. Only 
the no-load losses were included in the evaluation of losses costs, which were 
quite a bit lower for the amorphous core units. However, load-related losses were 
important — the particular amorphous core unit being studied had higher 
impedance and thus higher load-related losses than some types of standard unit, so 
that in the intended application its overall losses cost was only slightly less than a 
standard unit, and not enough to justify its higher initial cost. 


Power factor was not included in a planning study of distribution feeder routing 
and sizing done by a utility in the western United States (due to what was simply a 
very embarrassing mistake by rather inexperienced planners). Its omission meant 
that the study’s results assumed a 100% power factor and thus predicted 
noticeably better voltage, voltage flicker performance, current, and capacity 
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margin than would actually exist once any evaluated plans was built. The impact 
of this omission was significant, and the recommended plan changed significantly 
once the study procedure was corrected. 


Phase imbalance and phasing-related impedance issues are sometimes omitted 
from studies where they need to be included. The cause is usually inexperience. 

Phase imbalance ~ the fact that power flow on a three-phase line is not divided 
evenly among the three phase conductors — results in slightly worse voltage drop, 
maximum current levels, and capacity utilization than would be the case if 
currents were perfectly balanced. This is particularly the case for elements of the 
power system that are close to the customer — the service level and laterals, small 
branch circuits, and the end trunks of primary feeders. The differences that occur if 
phase imbalance is left out of a circuit planning study may or may not be 
significant, but it should be addressed at least to the extent of explaining why it is 
not an implicit factor in computations and electric flow models. 

Phasing impedance — the facts that much of the power in a distribution system 
flows through single- and two-phase circuit elements and that these have a higher 
impedance per unit distance than three-phase circuit elements composed of the 
same conductor (Chapter 11} sectionl11.2) — is also sometimes overlooked in 
distribution studies. The author has seen several studies in which the flows 
through all elements of the distribution system — three-, two-, and one-phase lines 
— used impedances computed for only three- or four-wire configurations of each 
segment’s line type. This results in significantly lower computed voltage drops for 
the “outer” portion of primary distribution feeders. 

Although phasing and correct phase-relatéd impedance are both invariably 
addressed correctly in standardized procedures used by utilities or consultants for 
day-to-day planning studies, either or both may be overlooked in a customized or 
non-standard analysis for a particularly unusual project or study, especially if the 
planners are under pressure to complete the study in a short time while burdened 
with many other duties. 


Circuit distances may be incorrectly stated or interpreted. A not uncommon error 
in “area” planning studies of growing parts of a system is to use straight line rather 
than Lebesque distance as the basis for estimates of circuit length. As discussed in 
straight-line estimation of circuit distances ignores “real-world” 
constraints on routing and results in underestimates of circuit distances, and thus 
voltage drop, reliability problems, and cost, by about one-third. There are other 
valid ways to estimate circuit length.'° This particular error is often the result of 
inexperience and enthusiasm bias, although the author has seen it used in a 
proponent study whose creator hoped it would not be noticed. Route distances in 
more detailed transmission or sub-transmission line design studies may also 
occasionally be under- or overestimated; a reviewer should check the distances on 
individual circuits if given, or at least a few, to test validity. 


Continuing upkeep costs for conservation programs in DSM studies are sometimes 
not included in benefit/cost studies of customer-side management programs or in 
integrated resource T&D plans (plans that include combinations of T&D 


'> Another way is to initially estimate total circuit length needed using straight line distance and then 
apply an adjustment factor based on a comparison of straight-line and actual distances in an already 
developed area of the system with similar geography and demographics. 
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expansion, DG, and DSM). Energy-use reduction measures such as improved 
insulation, weather-stripping, caulking, etc., have continuing maintenance costs 
which can be as much as 50% of their total long-term cost; caulking basically has 
to be renewed every five years, weather-stripping wears out and some types of 
attic insulation gradually “packs” under the force of gravity and becomes less 
effective if not “fluffed” and refurbished every decade. Studies for industrial high- 
efficiency motor replacement programs sometimes neglect the fact that industrial 
motors have a typical service lifetime of just 5 to 8 years, and assume that the 
“benefit” (lower energy usage) continues indefinitely after the initial replacement 
of the motor with its more expensive high-efficiency sibling, resulting in B/C 
ratios that are overestimated by about 30%. Home automation and similar “high- 
tech” programs sometimes both underestimate maintenance and service costs, and 
ignore issues related to obsolescence.'° 


Maintenance cost changes for a different application of a traditional device. 
Studies of the benefits and costs protection/reliability schemes involving “fuse 
saving” and/or reclosing sometimes neglect the impact that the more frequent use 
of breakers will have on maintenance and service costs, which may increase by as 
much as 300% in extreme cases. 


Maintenance costs for a different type of equipment or technology. Often, the 
service, repair, and maintenance costs for new types of equipment or technologies 
are not considered or not considered in enough detail. The author reviewed one 
study where a new technology’s main advantage was a substantially less frequent 
need for maintenance, yet this was not properly taken into account in the utility’s 
evaluation of ownership costs. In another case, while a new type of breaker’s 
maintenance and service costs were included in the planning of a pilot project, 
they were evaluated only on a per-breaker basis. A very heavy “fixed cost” that 
the utility would face, buying new test and service equipment and training its 
personnel on the new technology (or outsourcing the service when needed), was 
not included in the cost estimate. 


Reliability-related issues for secondary and ancillary systems and support services, 
such as the control and automation equipment, fuel delivery for DG, or availability 
of service when needed, is one area where mistakes often go unnoticed. Often, 
distribution automation studies (remote switching, etc.) do not take into account 
the failure rates of the automation equipment themselves, which while small do 
make a noticeable impact in some cases. As another example, in the diese] DG 
scenario for a remote mountain resort cited in the fuel delivery cost paragraph 
above, the reliability of the fuel delivery was a significant factor. The DG plan 
called for a full thirty-five days of fuel storage on site, but the tanks would be 
filled only once a month, and snowstorms had closed the roads to the site to heavy 
trucks eight times in the previous thirty years. The possibility that a severe 


'© This last point is often a bone of contention. Proponents of home, commercial, and industrial 
automation will argue that the equipment have expected service lifetimes of 20 or more years and 
perform their study on that basis. Opponents will argue that while the equipment may last that long, 
due to technological change its compatibility with appliances and the IT infrastructure around it 
won't, and its manufacturers will probably provide spares and support for only 7 years, so that it 
should be treated like standard computer equipment with respect to expected lifetime. Both points of 
view are valid. 
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snowstorm would block roads when the tanks were scheduled to be filled in the 
next few days, leading to a sustained outage, more than tripled the computed 
power unavailability rate for the DG scenario. 


Taxes, including sales, income, and property taxes, can make a difference in the 
occasional T&D, DG, or DSM plan. Taxes are not explicitly addressed in most 
traditional types of least-cost T&D studies performed by planners at electric 
utilities, because they are implicitly included in the capital-cost formulae and 
ownership factors developed by the utility’s Finance department and used by the 
planners in their studies. However, taxes often need to be considered in much 
more detail in non-standard studies, where they can make a difference. 

For example, if the tax rate varies because different sites for a facility are 
located in different tax jurisdictions, this alone may make a difference in which 
site is least costly over its lifetime. This is usually not significant but the author 
has seen one case where taxes accounted for more than 20% of the overall range 
(difference between best and worst) of costs for a set of substation siting 
alternatives. Certain DG equipment and installations are tax-exempt. In studies of 
distributed generation for private (commercial or industrial ownership), taxes need 
to be addressed quite carefully, including sales taxes (on the power sold by the 
producer) if any, income taxes on net income made if the power is sold at a profit, 
or additional business profit made if the power is used to avoid spending on utility 
power, and/or property taxes on the DG units and their facility or properties and 
fees in the business case. '’ Any or all of these taxes can make a noticeable 
difference in a business-case evaluation, yet such considerations are sometimes 
overlooked, even by experienced planners. 


One near-constant among most of the examples cited above is that omission occurs due 
to inexperience, whether of novice planners when addressing a standard but complicated 
study or of experienced planners who have had to take on a very messy non-standard 
situation. Planners who wish to avoid such mistakes must make certaim that they address 
any new or unusual study with particularly wide breadth of consideration when starting: 
What does need to be considered, and how? This can be particularly challenging for 
experienced planners, who must make an effort to look beyond the methods and techniques 
they have used on a routine basis in the past. Reviewers can sometimes shorten the time 
involved in evaluating a planning study by comparing the planning situation to the standard 
type of study performed by the utility/consultant/planner, then focusing on differences 
between that and the study being reviewed. 


Most Important: Look for Patterns of Adjustment 
in Bogus and Proponent Studies 


The previous guidelines in this section mostly focused on inadequacies or mistakes that one 
might find in any planning study — quirks, errors, or omissions that can and do affect 
objective, proponent, or bogus studies alike, although many of those are also used on 
purpose in a proponent or bogus study. By contrast the next few items in this section relate 


'” Strictly speaking, income taxes should be considered in any computation of new savings that a 
business will see from energy conservation and DSM programs, too. Any reduction in the cost of 
power bought at a factory or office will probably go straight to its bottom line, so that business will 
pay taxes on it, reducing the net benefit substantially. Although this is the case the author has seen 
this detail acknowledged in DSM or energy conservation studies only a few times in his career. 
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to examination and evaluation of the patterns in proponent studies and bogus planning 
reports: looking for a pattern of many small changes that cumulative yield a large 
advantage. and tts accompanying discussion addressed patterns among similar 
data variables for competing alternatives. There, the pattern involves adjustments made to 
similar variables among the different options, such as favoritism put into the site 
preparation costs used for competing substation sites. Such bias patterns are commonplace 
in aggressive proponent and bogus studies, and good reviewers will always look for them. 
But in addition, reviewers must look for patterns involving the adjustment of different 
coefficients and factors that are applied to all or many of the alternatives. 

A reviewer usually has two goals when looking at a suspected proponent study: to 
determine if it fairly represents its case (or by contrast is somewhat bogus) and to determine 
how reasonable its adjustments and assumptions are and what impact they have versus 
“objective” perspective on the situation. This means the reviewer must verify that it is 
objective if it represents itself as such, or determine that it uses a legitimately “reasonable” 
perspective if it declares itself or at least makes no effort to hide a proponent nature. 
Somewhat similarly, a reviewer’s goals when examining a possibly bogus study’s report are 
to first determine if it is bogus, or if it does represent itself fairly, and second to determine 
the extent of the bias and how and where it is hidden, if any deception in representation has 
been done. 

For either proponent or bogus study review, one focal point of review is on patterns of 
data value changes or hidden changes. As described in Section 29.3 and demonstrated in 
Section 29.6, the artful use of Rules 2 and 3 can produce a total bias as high as 35% in 
some cases, while hardly straying from the use of “proper values.” Where every value is 
within its “reasonable range,” it is the pattern of adjustments, rather than the individual 
values of assumptions and factors and coefficients to intermediate computations, that can be 
used to assess the reasonableness of the report’s overall conclusions, and which often reveal 
whether a study has been “pushed” too far. When every one of a large set of values is “at 
the edge” of its reasonable range, and uniformly in a way that always supports a particular 
result, it could be just a coincidence, but it is an indicator to dig deeper. 

To look for biased data patterns, it is to the inter-relationships among these variables that 
the reviewer turns. A good example is the previously cited combination of adjustments to 
fuel costs and electric price projections in a planning study: 


Future electric prices might hold steady, go down, or increase. In any situation 
there will be a range of future prices, which every competent planner would 
concede might occur. For the sake of example, assume the range for wholesale 
electric power is from 2¢ to 5¢ per kilowatt hour. 


Fossil fuel prices, notably natural gas and fuel oil, also have a range of values 
within which they might vary in the future. For the sake of example, assume the 
range for wholesale prices of natural gas is from $4 to $8 per MBTU. 


Objective planners might disagree on which values within these ranges were most likely 
to occur, but few would argue that electricity cost would never be very low (2¢) while fossil 
fuel was also quite high ($8) because that pattern is unlikely to occur since so much natural 
gas is consumed in generating electricity. Thus, a study that used an electric price near 2¢ 
per kilowatt and a natural gas price near $8 as its assumptions would be quite unreasonable 
in its “interpretation” of data values, even though each of those two values was within its 
“reasonable” range. Very likely it has been deliberately biased to favor electric options over 
gas; regardless, it is biased unless there is a sound basis for this uncommon pattern. 
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That example is rather simple, and detection of that bogus pattern easy in any study, but 
there are many other cases where patterns among data values constrain the range of 
selection for a planner to far within the “possible” ranges of each individual value. One 
example with respect to load and customer data is the “Bary Curve” which relates expected 
diversity factor to load factor (Bary, 1963; Doran, 1973). Although the curve is only a 
guideline, any study that uses diversity and load factors that plot far off of this curve should 
be treated with a certain degree of skepticism. Similarly, there are many other formulae and 
guidelines that can be used to “filter” a report’s data to determine the “reasonableness” of 
patterns of data values used in the study. 

As another example, setting aside load growth issues for a moment, the recorded peak 
demand, the load factor, and the coincidence of load in any area of a utility’s service 
territory will vary from year to year depending on weather, economy, and apparently 
random factors related to demographics, what day of the week and month holidays occur 
and how they correlate with weather, and a host of other untraceable factors. Thus, even 
after weather adjustment, there is a range of peak values that a planner could legitimately 
select and a range of load factors which he could also apply to his study. Usually (but there 
are exceptions) values of peak demand and load factor are correlated — a “hot” year that 
produces high average temperatures during the summer wil] create both above-average per 
capita energy sales and above-average per capita peak demands. But on occasion a “cool” 
summer will have one very hot week, enough to create a very high peak demand in an 
otherwise average-energy summer. Figure 29.3 shows a probability distribution for these 
two variables, peak demand and annual energy usage, as observed on one primary feeder 
over many years. While peak demand can vary from 5.0 to 5.85 MVA depending on 
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Figure 29.3 Distribution of expected annual peak demand and energy for a particular primary feeder 
serving a metropolitan suburban residential area in the central United States. Demand and energy are 
correlated — the “long axis” of the probability distribution lies along a line from lower left to upper 
right. Planners who pick a high value of peak demand for their study should therefore pick a 
somewhat high value of energy, too, or their assumptions are not completely valid even though each 
of the two variables would be within its “appropriate” range. 
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weather, and annual energy usage from 15,400 to 16,200 MWh, a combination of 5.85 
MVA and 15,400 MWH is very unlikely, as is a combination of 5.0 MVA and 16,200 
MWh. 


Know the appropriate patterns when looking for bogus ones 


Reviewers must keep in mind that data, co-efficient, and assumption patterns in objective 
studies will not always be based on the most likely or “mean” values, or on patterns of 
values that are most likely to be observed together. Reviewers must know what pattern is 
appropriate: what is “objective.” Sticking with the examples in the paragraph above, 
Chapter 27), section 27.2 showed the most appropriate peak demand for T&D planning is 
almost never the average (mean) peak demand based on weather and other probabilities. 
Such an “average” demand target would be exceeded in half of all future years and thus 
makes for an unacceptable target in planning studies aimed at achieving good reliability. 
Usually, planners choose a somewhat “extreme” weather year, such as “hot weather seen 
only once in ten years” as the most appropriate target in a planning study. 

But while planners might select a “once in ten year” value for the peak demand, they 
would very likely decide to use an average value for annual energy, something that is quite 
likely to occur, but very unlikely to occur simultaneously with a one-in-ten-year high peak 
load. They would choose this unusual pattern for a good reason: “average” energy means 
that loses costs, etc., computed from the analysis will be closer to average annual losses. 
Thus, PW costs computed over the long run are computed more correctly (in the long run 
average energy per year will work out to be average). 

Furthermore, this combination would result in a load factor that is very unlikely to occur 
frequently. Yet while this pattern is very unusual, it is not a sign of bias, but only of an 
attempt to tailor the study to specific planning needs: a reasonable likelihood the resulting 
plan can handle extreme weather loads (the high demand value) and a reasonable but not 
undue regard for reducing losses (high demand would overvalue future losses savings from 
big wire, etc.). 

Thus, what makes a particular pattern in data values “bogus” or “non-objective” is its 
inappropriateness, and not always its lack of likelihood (although that might be a clue). The 
distinction in which variables to set “high” and what to set “at the mean” is straightforward 
in this case: peak demand relates to planning to meet performance goals and thus should be 
risk-based to assure performance is adequate; energy is used only to balance two costs 
(present capital against future operating) and thus should be average. 

Readers who find the distinctions given here to be arcane or overly tedious need to keep 
in mind that: 


a) T&D planning is complicated and challenging, precisely because it 
must balance so many factors like peak demand, energy, and their 
costs and performance implications, which is precisely what proper 
selection of these types of data patterns do. 


b) Anyone attempting to bias a study in his favor will know this, will 
know that these and other areas of data selection subject to 
interpretation, and therefore focus on “adjusting” those. 


Thus, reviewers must fully understand the interrelationships among variables and 
occurrences, as well as what are the typical patterns used to meet common planning needs, 
so that they can recognize unusual patterns. For this reason, very experienced planners 
make by far the best reviewers for planning study reports. 
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Look at leveraged factors 


Leveraged factors - numbers which have a large impact on the result of an equation or 
process — are among those numbers a reviewer should check carefully. Ways to “fiddle” 
with leveraged factors and to use then in conjunction with round-off masking were covered 
in Corollary C to Rules 2 and 3 in section 29.4. Among leveraged factors to examine are: 


Exponents. In most cases, a very small adjustment in an exponent will produce a 
significant change in value. An example is the coefficients used to compute 
insulation half-life as a function of operating temperature in the Arrhenius theory of 
insulation deterioration (equation 7.1): 


L = 10 (K,4273+T))+K, (29.5) 


Here, L is the insulation “lifetime” (actually half-life) in hours, T is the 
temperature reached by the insulation, and K, and K, are constants that are normally 
taken from tables provided by standards institutes or equipment manufacturers/test 
laboratories based on experimental tests of materials. Values of K in this equation 
are highly leveraged: a 1% change in K, will change the expected insulation half-life 
by 34%. As mentioned, “correct” values are available in reference books, but even 
those are subject to a certain degree of interpretation. Equally important, most 
reviewers will not be so familiar with the Arrhenius formula to know those terms’ 
values for a specific insulation type. Further, one could report the value to two 
decimal places in a report and still adjust it (round off masking) to 1%. 


Values subtracted from another. As stated in earlier examples, values near 1.0 that 
are subtracted from 1.0 have tremendous leverage, making them ripe for 
“adjustment” in proponent and bogus studies. A good example of a leveraged 
number is the previously cited use of availability as a factor in equipment reliability. 
If one lets A designate the availability of a unit of equipment, then a value of A = 
99.9772 corresponds to an annual outage rate, or the interruption rate of any service 
directly tied to this unit, of 2 hours/year. 


D = annual hours out = (1 - R)*8760 (29.6) 
= 2 hours 


A change of only 1/100 of 1% in the value of A affects the computed outage time for 
the unit by 43%! A drop in A from 99.9772% to 99.9672% increases the outage time 
from 2 hours to 2 hours, 52 minutes and 23 seconds, while a 1/100 percent increase, 
to 99.9872%, reduces outage rate to | hour 7 minutes and 17 seconds. 


Leverage factors and round-off masking 
create a particularly insidious mixture 


Similarly, someone looking to apply round off masking in his favor so as to completely 
hide data adjustments would also want to “abuse” a leverage value like A in this same way. 
A bogus planning study can report its value of A to “four digit accuracy” as 99.98%, But 
“four place accuracy” leaves a range of 49% in the resulting outage time (in hours) that 
“cannot be seen” due to round off: the limits of values of A that round up or down to a 
reportable value of 99.98% are 99.9751%, which gives 2 hours and 11 minutes outage time, 
and 99.9849%, which corresponds to 1 hours 19 minutes outage time per year. (The 49% 
range was determined from the data give as: (2 hours 11 minutes — 1 hour 19 minutes)/((2 
hours 11 minutes + 1 hour 19 minutes)/2). Few of the managers and planners who intend to 
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use the results of a report would feel comfortable with any recommendations that had an 
unreported uncertainty range of nearly 50%. Reviewers should not accept such reporting 
regardless of whether it is deliberate or unintentional. 


Look for missing common base data values 


A report that lists values of availability rather than outage rate as the basis for reliability 
analysis in order to hide leverage bias of the type described will make every attempt to 
- avoid displaying the outage hours associated with the basic equipment input data: i.e., it 
will display A, not (i - A) or computed outage hours (D from equation 29.6). Revealing the 
values of those factors would make the biased data more obvious. Thus, particularly when 
leveraged values are involved, reviewers should look for common values or common ways 
of representing interim results (i.e., outage hours or interruption hours are more typically 
given than availability) that are not displayed. If these common ways of expressing results 
are not given, a reviewer should compute them from the values that are given in order to 
check reasonableness of interim results. (If these values cannot be computed from the data 
and values given in the report, then it is incomplete and should not be accepted as sufficient 
documentation of the study.) 


Look for “context disconnects” between 
past and future data reporting 


Another indicator of possible hidden bias is a difference in the context of historical data and 
projected future data listed in a report, made so that the reader cannot verify the study 
factors from historical data. An example was earlier in which a planner wanted to avoid 
displaying data (the two italicized values in for his base year that would have 
revealed that his biased losses methodology, if applied to the base year, calculates losses 
quite a bit more than operating records report. A type of sleight of hand occurs at the break 
between past and future: the historical data do not really support the analysis method’s 
factors as used in modeling the future. Since the bogus planner wants to hide this fact, he 
would never put both history and projections in the same table and in the same context. 

shows the historical and modeled outage data that could be used in a bogus 
reliability improvement study of the trunk of a particularly long and troublesome 
distribution feeder. A five-year “historical” period is designated as years —5 through —1, for 
which are listed the actual operating results (the real data). Actual feeder outage times in 
that period varied between 2.084 hours and 1.70 hours. These values shown are given to six 
digits. All these values round to 99.98% when listed to only four digits. 

The planner of this bogus study could use an actual availability value of 99.9849% to 
model the availability of the feeder trunk for the study period (the present year and the ten 
years thereafter). That value also rounds to 99.98% with four-digit reporting (it is the most 
extreme value the planner can use that will) but it represents a decrease of 33% in annual 
outage hours (to 1.320) compared to the historical average (1.948). 

A sleight-of-hand like this would be least obvious in his bogus report if the planner 
reports availability to only four places and splits past and present data into the two separate 
listings shown as and|29.15| In an early section of the report, describing the 
feeder and the problem and giving historical data to “confirm” this problem, the planner 
would display only Table 29.14. That shows historical availability rates for the circuit as 
well as the future modeled value, all to four places of accuracy, and gives the impression 
that value used to model future reliability is based upon average historical data. Note that 
this table does not have a column giving the actual outage times. If it did, that data would 
reveal the planner’s bias and his attempted deception, even if those outage hours were 
shown only to three digit accuracy. 
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Table 29.13 “Actual” Data Used in a 
Biased Study (see text) 


Study Year Availability Hours Out 
-5 99.9776% 1.964 


-4 > 99.9762% 2.084 
3 I 99.9805% 1.710 
2 aa 99.9780% 1.927 


-] 99.9765% 2.056 


0 99.9849% 1.32 
1 99.9849% 132 
2 99.9849% 1.32 
3 eS 99.9849% 1.32 
4 a 99.9849% 132 
5 ro 99.9849% 132 
6 o 99.9849% 132 
ia ees 99.9849% 1.32 
8 99.9849% 1.32 
9 99,9849% 1.32 
10 99.9849% 132 
Table 29.14 Historical Reliability Data Table 29.15 Projected Future Reliability 
Study Year Value Study Year Expectation of Hours Out 
-5 99.98% 0 1.45 
-4 99.98% 1 1.43 
-3 99.98% 2 1.41 
-2 99.98% 3 1.38 
-] 99.98% 4 1.4] 
5 1.35 
Future modeling 99.98% 6 1.38 


A later section of the bogus report, giving results and planning recommendations, would 
contain Table 29.15, listing only future outage hours as projected after the report’s 
recommended “improvements” had been made. It shows quite impressive results compared 
to past performance. Why a planner would want to bias a study in this manner is not 
germane to this discussion. There could be many reasons. What is important here is that in 
addition to working on a highly leveraged value (availability) and using round-off masking, 
the planner separated past and future data in his report and reported them in slightly 
different contexts, further disguising the favoritism he built into his analysis. In effect, he 
“gained” a calculated improvement of 33% over historical performance just by using this 
particular sleight-of-hand. 

The reader can no doubt think of several challenges to actually using this approach in a 
bogus study. First, won’t the planner have to mention the actual historical operating minutes 
of outage when discussing the problem in his introduction in order to document that this is a 
problem, since availability values are seldom actually used as operating metrics? He might: 
but he would avoid putting those in the same table with the availability values he uses by 
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mentioning them only in the text, somewhat distant from |Table 29.6] and perhaps list them 
to only two-digit accuracy (“. . average 1.9 hours/year . . .”). An even better ploy would be 
to not report outage hours for the feeder at all, but instead document the problem in his 
introduction by focusing on SAIDI (customer interruption duration hours) rather than 
annual feeder outage duration. If outage hours as modeled go down, so will SAIDI, making 
his report show a corresponding reduction in SAIDI. If he can get away with changing the 
context of “outage hours” he discusses like this, he can further avoid any detection of his 
chicanery with the data. 

But, second, isn’t he taking a chance that some reader will do a quick computation on 
his future values and discover that 99.98% availability (as 99.9800000%) gives 1.75 hours 
outage, not 1.32 hours, thereby exposing his round-off masking? Again, if he can never 
report outage hours as shown in but only SAIDI instead, this is avoided. But if 
he cannot do so, and is concerned about being found out, he might actually use 99.98000 
instead of 99.9849 as his future availability value. This gives an outage rate of 1.75 hours, 
still fully 10% less than historical average. While not the same level of distortion as the 
33% he obtains if he can use 99.9849, it is verifiable by anyone using his values from his 
tables. Since his earlier table will not list the actual data to compute the average historical 
availability to many digits of accuracy (it is actually 99.9778) he will be quite safe in this 
respect. 

This type and degree of sleight of hand with numbers can very often be worked into a 
report that gives a first impression of comprehensive, completely legitimate, and very even- 
handed assessment of all factors. The key to the deception is in the bogus planner’s creating 
some type of disconnect between the reporting of historical data and modeled 
future values in a situation where one factor is very highly leveraged. 
Reviewers should be particularly alert for this type of “mistake” with respect to exponents, 
squared and cubed factors, as well as for the (1 — A) values as used in the example given 
here, because: 


a) This is a very effective ploy when used deliberately in any bogus or aggressive 
proponent study. 


b) It is an inadvertent error possibly made due to inexperience. A planner might 
round a six-digit historical average (99.9778%) to 99.98% and then use that 
value, not realizing this alone introduces a 10% change in expected outage hours. 


Look for interim results that are omitted 


Often, the methodology portion of a report will describe a very lengthy series of steps and 
results, but not give interim results at steps throughout the process which permit the reader 
to assess more completely the quality and character of the study and the recommended 
improvement . This is a ploy used to disguise tampering with legitimate results or studies 
that cannot be defended in detail: do not give the reader any interim results along the chain 
from input data to final assessment. (It is also sometimes just a sign of sloppy report 
writing, too.) 

Again using reliability improvement as an example, a study might look at improving 
customer service reliability (SAIDI) by changing preventive maintenance (PM) practices, 
thereby driving down outage rates, which would be expected to similarly drive down 
SAIDI. It would be natural, and in most cases proper, to report both the change in outage 
rates expected from the new PM program and the change in SAIDI that was expected from 
those changes. A good report would review the new PM recommendations and give a table 
or discussion of interim results: comparison of before and after outage rates for equipment 
and circuits. It would then continue to analyze how those changes would affect SAIDI. A 
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report that did not give this intermediate detail is more sloppy than necessarily biased or 
bogus, but this is a ploy that can be used to avoid revealing biased results. 


Test a simpler method or analytical framework against the results given 


Often, when a series of complicated computations have been used in a report, replicating 
them to check the report’s results will be too costly and time consuming. Other times the 
reported analysis may be based upon an unavailable analytical method (e.g., a computer 
program not available to the reviewer).'* In both cases, the report’s legitimacy can be 
tested to some degree by applying simple rules and methods to assess both interim and final 
results. 

For example, returning to the simultaneous use of A and round-off masking discussed 
earlier, a reviewer can check interim data (e.g., computed outage times for assemblies of 
equipment like substations or individual feeders) and estimate final figures using (1 - A) 
and simple reliability concepts for a few selected (easy to calculate by hand or spreadsheet) 
results. With a little work on the reviewer’s part, a likelihood of round-off masking can 
usually be detected — simple reliability analysis would indicate if it looks likely that all 
values were “pushed” to their limits. 

Reviewers of T&D planning studies and reports must keep in mind that any “chicanery” 
with respect to data adjustments and round off masking will have a large effect (otherwise 
the developers of a bogus report would not be employing any means to disguise that fact or 
hide the bias additions). Reviewers can use this fact in their favor: 1f round off masking and 
other ploys are being used, then they must be effective, and that means that their impact will 
be large enough to be detected if attempts are made to find the bias. 


Replicate the analysis and evaluation 


In some cases where a question exists about mistakes or deliberate bias, there is simply no 
substitute but to fully replicate a study or analysis in order to independently verify it. This 
can often be expensive and time consuming, but it does offer an absolute “no BS” method 
to check a planning study. 


29.8 SUMMARY AND CONCLUSION: FOREWARNED IS FOREARMED 


Perhaps the largest lesson for the reader to take away from this chapter is that all planning 
studies are not meant to be objective, and that studies that contain favoritism for a particular 
result may not clearly identify their non-objective nature. Many T&D planning studies 
intend to show no favoritism toward any particular alternative, policy, or course of action, 
because they contain none. But others are designed to make a case for a particular 
alternative outcome by favoring it over other alternatives. The best of these proponent 
studies use sound methodology and show good engineering judgment throughout, all 
applied to data and assumptions that have been reasonably adjusted to reflect the favored 
alternative or policy in the best light possible. Such reports have an important role in the 
power industry. They are often produced by the developers of new technologies to show the 
advantages their new ideas bring. They are also produced by advocates or opponents of 
particular plans or policies, to “make a case” for their favored course of action. 

The worst of these non-objective studies are bogus studies. There, the study report tries 
to hide all evidence of its favoritism, representing its results as legitimate and objective. 
They employ any of a number of ploys to hide the fact that their favored result depend upon 


'® If the method has been so poorly described that it cannot be reproduced, or if it is a “black box” 
methodology, then the report is simply flawed and should be rejected until that problem is fixed. 
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Chapter 29.16 One-Page Summary of Chapter 29 


An objective planning study identifies the best alternative among available options, and presents 
data and comparison of the available options without bias or favoritism. 


Proponent studies “make a case” for a favored option and often contain “undisguised” bias in the 
form of optimistic or “best case” or “worst case” values and assumptions. There is nothing illegal or 
unethical about them as long as the bias is not deliberately disguised or misrepresented. 


Bogus studies disguise as objective a heavily biased analysis or conclusion. They contain hidden bias, 
and represent as objective a case for or against a particular option or a distorted analysis. 


Inadvertent mistakes in a planning study usually create bias in comparisons: the mistake affects the 
evaluation of some alternatives more than that. of others. 


Bias in a proponent or bogus report is most often added to change relative results among 
alternatives. It can thus be added in two areas: “for” one option and “against “others 


Bias is seldom the result of “an uneven playing field” used in a study. That is usually too blatant a 
mistake to make inadvertently and too obvious for anyone trying to hide bias. 


Enthusiasm bias leads to mistakes by planners whose enthusiasm for an idea or new technology 
clouds their judgment so they do not fully check results that confirm their expectations. 


Rules of “cheating” in a planning study (and items to look for to confirm a report is objective) are: 
Small margin: add only enough bias to win the case or prove the point. 
Distributed distortions: many small] adjustments result in a large total amount of bias attention. 
Proportional fuzziness: “fiddle” with values most often subject to interpretation or uncertainty. 


A complicated procedure provides a better platform for adding bias, providing three benefits to the 
“cheater.” It will give an air of respectability to the study. Reviewers looking for bias may be less 
familiar with and thus less able to find flaws in the methods use. It has more factors to “adjust.” 


Round-off masking (artful use and misinterpretation of numerical round off) can be used artfully to 
add up to 3%-5% bias in many T&D cases, without making it obvious it has been used. 


Adjustment of highly leveraged factors or intermediate values often yields a large change in the 
final result for a small (difficult to notice) adjustment in the factor. 


Reviewers should look for what is not there, including missing costs, steps in the analysis, or 
effects, as well as review everything that is given and reported. Often bias is added through omission. 


Electronic spreadsheets developed to compute intermediate results in a study often contain 
inadvertent errors due to their informal nature and a lack of rigorous checking on the part of planners. 


Application of different time-value factors for benefits and for costs is a common way of heavily 
biasing some types of DG, DSM, and DR studies. 


Knowledge of the results and the methodology and its most leveraged factors, etc., can be used to 
guide a search for deliberate bias (presumably the favored option was the one receiving favoritism). 


Inadvertent mistakes are the most difficult to find because they do not have this type of pattern 
(see item above) to the creation of bias. 


Look for big mistakes, not just subtle ones. Omitted steps of analysis, transposed factors, misplaced 
decimal points, inverted exponents, and other big mistakes do make their way into studies. 


Cost data are a good area where both optimistic data and omission are often applied to bias results. 
“Black box methodology” is unacceptable. There are no exceptions. 


Unevenness of method applied to different alternatives is an indicator that the results may be biased. 
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inappropriate use of analytical method, data taken out of context, poor interpretation of 
historical data, outright tampering with data, and/or assumptions that are not supportable. 

To these categories of “non-objective studies” must be added those occasional studies 
that are intended to be objective but contain a mistake. Usually, errors or omissions in a 
T&D planning study will affect one alternative more than others, or one future period of 
results more than others, so that the results are no longer a balanced and fair representation 
of the relative merits of one alternative versus another. 

The author has always favored explicit disclosure of the proponent nature of a planning 
report or presentation. This includes sentences in the report’s introduction and again at its 
conclusion that explicitly state the intention to support a particular case, as well as 
commentary and analysis where appropriate throughout on favorable “adjustments” or 
assumptions or data sources or method. This approach can actually strengthen a proponent 
report if done well, by providing the reader with a sound rationale for the “bias,” explaining 
why and how the adjustments are legitimate interpretations of the situation ~ basically 
arguing a case for the use of the adjusted values themselves. Regardless, a report that does 
not explicitly declare its proponent nature cannot be considered unethical, if it fully reveals 
its method, assumptions, data, and factors without deception. As far as the author is 
concerned that is “playing by the rules.” As long as no deception is involved, an 
experienced planner will be able to determine the study’s intention and assess its 
reasonableness. 

Bogus studies are another matter entirely. Attempts to deceive are never warranted in 
ethical work. However, any focus on proving that the deception was deliberate, or 
identifying the motive behind a biased report, is not recommended. Reviewers are advised 
to work only to verify if a particular planning study and its report are objective and, if not, 
why and how much its recommendations differ from objective results. 

The bottom line is that anyone reading or using a T&D planning study’s results should 
know how to study it to determine if it is objective and accurate. Further, anyone and 
everyone involved in a debate over a contentious project or policy needs to know how to 
assess “the other side’s” report (which invariably makes a proponent counter-case to theirs) 
and recognize both its reasonable and unreasonable aspects and how legitimately it makes 
the case for its claims. 


Biased Studies Are Not Difficult to Create 


Good proponent studies take a bit more time to perform and require slightly more skill to 
“get right” than their equivalent objective studies: preparing a case well takes time and 
attention to detail. But effective bogus studies take a good deal more time: building a 
strongly favorable case in a way that hides or disguises that favoritism behind a facade of 
objective analysis obviously requires a good deal of additional work. But beyond that 
requirement for additional work and attention to detail, artful creation of bogus studies that 
contain 15% or more bias is not a challenge for a creative and experienced planner. 


Biased Studies Are Common 


How common are biased studies? The author has been a consultant — a “hired gun” for 
T&D planning — for nearly twenty-five years. Therefore his experience is probably not 
typical but indicative. During that time, he has performed or supervised slightly more than 
250 major T&D planning studies. Of these, roughly 50 were studies in which his client — a 
utility, a government agency, a government, or a consortium of companies — requested 
some form of a proponent study — one whose purpose was to justify a preferred result or 
defend or oppose a preconceived plan. Opinions would differ, but in the author’s opinion 
only about half of these reports were written so that they were explicit about thei proponent 
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nature — the rest fully disclosed data and method but left it to the reader to reach that 
conclusion. Only twice in that time was the author asked to “cross the line” into outright 
deception or the use of unreasonable (unethical) measures, both times in oblique queries 
that left no doubt as to what was wanted, but both times not pursued when he did not 
respond to the suggestion. 

In addition, the author has conducted roughly 50 reviews or “audits” of planning studies, 
acting as a “hired gun,” in this case a reviewer, to determine the legitimacy of a report’s 
conclusions and recommendations. Roughly one-third of those were clearly of a proponent 
nature, although fewer than a third of those openly declared that in their report. Frankly, 
however, often the source if not the text of a report makes its proponent nature clear: some 
were from consultants hired by opponents of utility projects (interveners) and the source 
alone with the study recommendation made their proponent nature clear. 

About five of these fifty audited reports (10%) had significant mistakes that appeared to 
be inadvertent errors. Only three (6%) were clearly bogus, all three employing several of 
the deceptive practices documented in sections 29.4 and 29.6. All were very well written 
and prepared, and the deception was expert. In addition, there was one case of outright 
lying (a report was simply altered to presented results and recommendations that were 
completely unsupportable by, in fact in opposition to, the actual work’s analytical 
conclusions. 

A noteworthy point is that proponent studies sponsored by major equipment or systems 
manufacturers almost always identify their nature explicitly, and also tend to use rather 
conservative adjustments and scenario assumptions. These are typically among the most 
rigorously correct and scrupulously documented reports, although there is no denying their 
heavy proponent nature. Technology and product companies know that every reader will 
expect their supporting documentation, their published reports, and the technical papers 
published by their employees to be proponent studies in some sense (who would publish a 
paper about a new invention or idea and not make the best reasonable case for it?). These 
companies seem to prefer to openly admit the nature of their sponsored works, make sure 
they justifies their data, methods, and assumptions, and make a convincing argument to the 
reader that “their case” is reasonable and realistic. 

Where, then, do bogus studies and those proponent studies that do not openly declare 
their nature originate? Most often they are the product of a form of fanaticism — created by 
one or two individuals with a true belief in the technology or solution or cause being 
proposed. It is often difficult to determine in a review whether the biased results were due 
to deliberate attempts to mislead or merely the product of enthusiasm bias and inexperience. 
Most often, bogus and very aggressive proponent studies are a product of rather 
undisciplined organizations and processes (see last heading, below). 

The author’s experience, particularly with his audit work, can not be considered typical. 
In large measure people do not hire outside consultants to review studies unless they 
already have some concern about the study’s quality or its reporting. However, altogether 
the author’s experience indicates that bogus studies are rare but do occur, that proponent 
studies are common and often do not advertise their nature, and that mistakes happen and 
make their way through quality control more than might be assumed. Therefore, planners 
and managers who use planning reports and who read technical papers presenting planning 
evaluations need to keep in mind the lessons of this chapter. 


Process and High Standard Are Part of the Solution 


Utilities and utility planners can armor themselves against many of the possible abuses of 
planning objectivity, as well as mitigate against inadvertent errors and omissions in their 
planning work, through the use of well-documented processes, mandatory use of 
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standardized methodologies and study procedures, formal review and quality control, and 
rigid standards for reporting and completeness. 

This chapter presented a set of rules for biasing a T&D planning study in a way that is 
difficult to detect or argue against, and gave examples of how these could be applied in 
either proponent or bogus reports. That tutorial on “how to cheat” organized unethical 
methodology in an efficient manner for any potential cheater, and demonstrated how to 
apply those rules effectively. However, all such unethical planners should consider two 
facts. First, that same information on “how to cheat” is available to managers, co-workers, 
and potential reviewers of any planning work, along with the more lengthy discussion at the 
end of this chapter about exactly how to search for and find such cheating. 
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Key Points, Guidelines, 
and Recommendations 


30.1 INTRODUCTION 


This final chapter provides an overview of the most important elements of modern power 
distribution planning, particularly those aspects and priorities that are changing and that 
will shape the challenges distribution planners will face in the future. Section 30.2 gives a 
“big picture” outline of power distribution systems and those characteristics that shape the 
job of modern utility planners. Section 30.3 looks at the electric utility business and 
operations side of the planning equation, examining the large trends that have gradually re- 
shaped utility and distribution planning in the past two decades. Finally, section 30.4, On 
Planning Well, integrates old and new needs and concepts into a central theme of “what it 
takes to be a good distribution planner.” 


30.2 ON DISTRIBUTION SYSTEMS 


The purpose of a power distribution system is to provide adequate voltage and power 
quality to meet energy consumers’ needs on a continuous basis. While there are rare 
exceptions — consumers who need power only a portion of the time, consumers who will 
accept limits in the power they use — for the most part a power delivery system needs to 
maintain connectivity 8760 hours a year and to have sufficient capability to meet peak 
demand at every location while also meeting all other demands on the system that occur 
simultaneously. These two requirements, for constant connectivity and sufficient peak 
capability, are linked — the system needs to maintain connectivity of sufficient capacity on 
an 8760 hour basis. But they are different enough that they represent two very different 
dimensions — areas that need individual if coupled attention in design — of consideration 
from planners. They are represented by the Two-Q concept as: 


Quantity refers to the capability — almost exclusively capacity including capacity to 
limit voltage drop — of those components to meet peak demand needs. 


Quality of power delivery refers to planned capabilities of the system to maintain 
connectivity of its components despite failures, storms, or unexpected operating needs. 
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One of the major trends in power distribution planning has been a gradual move away 
from what the Two Q approach would characterize as “single Q” thinking, toward a true 
Two Q perspective: one that explicitly addresses reliability of delivery. Traditionally, 
utilities planned their systems to meet peak demand levels, addressing “the first Q,” 
quantity, by planning capacity and voltage capability in rigorous detail, often with the aid of 
highly developed analytical methods. However, reliability of service was not measured or 
tracked and systems were not planned and engineered to specific target levels of reliability. 
Instead, reliability was addressed implicitly - by adhering in the capacity planning to 
guidelines and rules-of-thumb on margin, configuration, and switching, and by use of 
conservative operational limits, that in aggregate led to acceptable service quality. 

Beginning in the early 1990s, there was a gradual but steady transition throughout the 
power industry away from those traditional implicit means of addressing reliability towards 
a more explicit approach: measuring, tracking, and reporting customer interruptions on the 
basis of numerical reliability indices, use of analytically based projections of these same 
metrics in the prioritization and management of resources, and planning of the system 
toward specific targets with respect to its expected performance, The forces behind that 
trend were discussed at length in |Chapter 21), sections 21.1 and 21.2. Various implications 
of the trend are covered in [Chapters 2| | (6, (71 [8} 21,[23} and[28] Implications of this trend 
on planning methods and planners will be discussed later in this chapter. 


What Is T and What Is D? New Meanings to Old Terms 


power system based on voltage level and configuration (see|page 16). Distribution referred 
to circuits and facilities operating at voltages below about 35 kV, usually radial in operating 
configuration, and connected at their “far ends” to service transformers. Transmission 
included all facilities above about 35 kV, was often built in network or closed-loop 
arrangements, and never fed service transformers directly but always through at least one 
intermediate voltage transformation. 

By the end of the 20th century, these definitions were incompatible with the “roles” of 
equipment in a de-regulated power industry. The terms “Wholesale” (Transmission) and 
Retail (Distribution) are more appropriate as definitions of the two major levels in a modern 
power system. Wholesale and Retail have very different purposes and roles, are judged by 
different metrics, are designed to different criteria, and operate under quite different 
regulatory and legal requirements. 

Use of these two terms leads to a somewhat expanded role for the word “Distribution.” 
Distribution (electrical delivery facilities associated with the retail level) includes all those 
elements of a power system that exist solely or primarily to deliver power to loca] energy 
consumers — what is often called the native load. This includes all the traditional elements 
of the service (utilization voltage level) and primary distribution (that which is connected to 
the high side of service transformers), as well as substations, and sub-transmission (power 
delivery lines that are not connected to any service transformers but that exist purely to 
deliver power to the distribution substations). By contrast, regardless of voltage level and 
size, elements of a modern “transmission” system are part of the wholesale grid, whose 
purpose is not just to move power regionally, but to meet certain “fair competition” 
requirements for a de-regulated, competitive marketplace of regional power sales, 
transportation, and market accessibility (Shahidehpour and Alomoush, 2001). 

A distinction between T and D based on these considerations makes a good deal more 
sense for the 21" century. The author’s rule of thumb is based on the change that removal of 
the facility causes: 


For decades, “distribution” and “transmission” were terms i plied to different levels of the 
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If removal of the facility from the system prohibits delivery of power to an end 
consumer, operation of equipment at emergency configuration or ratings in order to 
maintain service, then the facility is distribution. 


If removal of the facility from the system noticeably reduces regional interconnected 
system security, or measurably changes wholesale grid pricing, then it is 
transmission. 


Conceivably, a facility could meet both tests, in which case it has some elements of both 
and is probably a thorn in the side of both regional and local delivery planners, its “split 
personality” making it difficult to plan. But the vast majority of power transportation 
facilities will fall into only one or the other of these new “T and D” categories. 


The importance of the systems approach 


Generally, in the new environment outlined above, “distribution” grows in span as 
compared to its traditional definition. Much of what was traditionally “transmission” 
including virtually all substations feeding primary voltage on the low side falls into the 
“distribution” category. All transmission lines operating at 34.5 and 69 kV and most lines 
operating at 115 and 138 kV simply do not have the capacity or the role to make that much 
difference at the regional wholesale level and thus do not fall into the “transmission” 
category regardless of their voltage level or capacity; they exist primarily to delivery power 
to distribution substations and are vital to that purpose.' 


“T” versus “D,” the systems approach, and optimality of design 


The systems approach, sometimes called holistic planning, involves planning all levels of 
the power system as a whole, balancing the design of each against that of the others to 
achieve the maximum synergy and coherency of the system. The “expanded definition” of 
distribution (retail) given above covers all of the equipment which the systems approach 
discussion in Chapters 1, and elsewhere throughout this book integrates into one 
common consideration: sub-transmission, substations, primary feeder system, and service 
level. 

As discussed in Chapters 17 and 28, the systems approach provides a_theoretical 
advantage in performance/cost ratio of up to 50% in cost effectiveness (Figure 17.21). In 
practice it probably provides less than half that advantage.” However, it is most correct 
to look at this margin in a negative sense: an inability to apply the systems approach, due to 
organizational or regulatory barriers, will increase the cost of reliable power delivery by up 
to 25% over the minimum that needs to be spent. This is the real issue with respect to the 
definitions of “T” and “D” discussed above. There is a need for a wide “span” if modern 
distribution planning is to succeed at providing reliable and economical power. Despite the 
disaggregation of traditional vertically integrated utilities, the ability to plan and operate a 
vertically integrated local delivery system is crucial to achieving good combination of both 
economy and reliability. 


' A good example is the transmission line illustrated in|Figure 17.1| This 138 kV circuit connects two 
nodes of the “wholesale grid” and may even play a minor role in the operation of the grid, but it is 


primarily needed for and its cost justified because power must be routed from the wholesale grid to 
the local market — the three distribution substations it services. It is a “distribution” facility. 


* Figure 17.21 shows a maximum 2:1 ratio between “worst” and “best” (the optimum systems 
balancie), but it would be incorrect to assume that every “non-systems approach” will lead to the 
worst possible design, although most will lead to non-optimum designs. 
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The ultimate distributed resource 


A power distribution system will only work if its components are scattered and 
interconnected over the utility territory in a way that permits it to deliver power meeting 
consumers’ needs. In this regard a T&D system is the ultimate “distributed resource” — a 
significantly expensive, vastly complicated interconnected system composed of millions of 
components distributed over the entire service territory, with capability everywhere roughly 
in proportion to local needs for power.’ The system aspect of this combination ~ how the 
distributed components are located and arranged to interact with one another — is almost 
always more important than the characteristics of the individual components, whether one’s 
perspective is local or system wide. Selection of good components, appropriately sized, 
specified, and sited, is important, but determining a good system plan — an interconnection 
scheme to harness their capabilities together — is most often more critical to success. 


Peak, Energy, and Reliability 
Needs and Design Considerations 


The optimum electrical and economic characteristics of a power distribution system depend 
on three aspects of the consumer demand: 


Peak demand — the maximum amount of power the consumer(s) wants at any time, 
which in some sense sets an upper limit on the required capability of equipment. 


Energy and load factor — the total energy demanded in a year and if and how often 
and how long the system is at “near peak” — influences decisions on sizing related to 
lowering losses and wear and tear (loss of life) on equipment. 


Reliability — all customers want “perfect reliability” but few are willing to pay a 
premium for it. Although difficult to measure, in concept consumers’ willingness to 
value (and pay for) reliable service sets a final requirement for system performance. 


Planners need to consider all three factors. But energy is the least important to customer 
service issues. It affects the customer only through its possible impact on cost of service. By 
contrast, both peak demand and reliability are directly related to both cost and quality. 


Coincidence of Peak Demands 


Coincidence is perhaps the messiest engineering factor that must be acknowledged and 
taken into detailed consideration in power distribution planning and analysis. It is messy 
because it is very difficult to measure accurately and equally difficult to properly model in 
some engineering methods (see Chapter 3, particularly|section 3.3}. It is important because 
it can make a substantial difference in equipment capacity needs: a system serving one 
million customers does not have to have the capacity to deal with the sum of those one 
million customer peak demands, but only enough to handle whatever maximum 
simultaneous sum of peak, near-peak, and off-peak demands occurs. This is generally only 
about half of the sum of individual customer peak loads. 


> The term “distributed resources” was originally coined to denote DSM (Demand-Side Management) 
and DG (Distributed Generation), within a traditional framework that viewed resources as only those 
facilities that produced power. In that regard DSM and DG were “distributed” alternatives to central 
resources (central station generation). The author has broadened the definition of “resource” here, 
which seems appropriate given the fact that DG and DSM to some extent compete against T&D and 
often depend on their success (from an economic least-cost standpoint) on economic advantages 
over delivery, particularly from a Two-Q perspective (Willis and Scott, 2000). 
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The Natural Laws of T&D 


When taken together, the natural physical laws and principles and the economic and 
practical forces acting on utility delivery systems create a number of “truths” — dependable 
rules of thumb — that characterize T&D systems and planning, which were discussed at 
greater length in These “laws” have not and will not change as business needs 
and industry structure change, but their importance to planners and their interactions that 
planners need to consider will change. These “laws” are: 


1. It is more economical to move power at high voltage. The higher the voltage, the 
lower the cost per kilowatt to move power any distance. 


2. The higher the voltage, the greater the capacity and the greater the cost of 
otherwise similar equipment. Thus, high voltage lines, while potentially 
economical, cost a great deal more than low voltage lines, but have a much 
greater capacity. They are only economical in practice if they can be used to 
move a lot of power in one block — they are the giant economy size, but while 
always giant, they are only economical if one truly needs the giant size. 


3. Utilization voltage is useless for the transmission of power. The 120/240 volt 
single-phase utilization voltage used in the United States, or even the 250 
volt/416 volt three-phase used in “European systems” is not equal to the task of 
economically moving power more than a few hundred yards. The application of 
these lower voltages for anything more than very local distribution at the 
neighborhood level results in unacceptably high electrical losses, severe voltage 
drops, and astronomical equipment cost. 


4. Itis costly to change voltage level — not prohibitively so, for it is done throughout 
a power system (that’s what transformers do) ~ but voltage transformation is a 
major expense, which does nothing to move the power any distance in and of 
itself. 


5. Power is more economical to produce in very large amounts. Claims by the 
advocates of modern distributed generators notwithstanding, there is a significant 
economy of scale in generation — large generators produce power more 
economically than small ones. Thus, it is most efficient to produce power at a 
few locations utilizing large generators. 


6. Power must be delivered in relatively small quantities at low (120 to 250 volt) 
voltage level. The average customer has a total demand equal to only 1/10,000 or 
1/100,000 of the output of a large generator. 


The best T&D planners anticipate the limits and interactions that these “laws” create and 
attempt to forge plans that are both coherent with them and that never bump up against 
those limits, and make use of these as much as possible to improve reliability and economy. 


30.3 ON UTILITIES AND UTILITY PRACTICES 
Utility Missions and Cultures 


All electric utilities share the same overall mission: to provide electric service to energy 
consumers in their service territory with a balance of cost and reliability appropriate to meet 
their customers’ needs. Investor-owned utilities, municipal utilities, cooperative utilities, 
and other types of utilities all have different ownership-operator perspectives, but for the 
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most part hold to a common set of values with respect to this mission, if with perhaps 
slightly different priorities (Philipson and Willis, 2000). The challenges and goals that these 
diverse utilities face in accomplishing their mission are more varied, due to differences in 
service territory geographies, customer demographics, climates, regulatory priorities and 
requirements, and other variable factors from one utility to another. 

However, seemingly similar utilities, for example two large, investor-owned, 
metropolitan electric utilities in the northeastern United States, can have very different 
cultures or personalities as expressed in the values, institutionalized habits and protocols at 
work within each organization, and the attitudes and reactions the organizations and 
individuals within them will have to outside forces or events. section 26.2 
discussed utility culture and personality at length and gave a number of specific example 
types. Basically, every electric utility is some combination of three distinct “cultures” or 


attitudes, as illustrated in|Figure 30. lj. These are: 


Stockholder steward — This culture “knows” that an electric utility is “first and 
foremost a business,” that it exists to make money for its investors or, if it is a 
municipal utility, to meet its budget commitments. Financial metrics such as stock 
price, budget balance, and profitability are most important to this culture and must be 
met. The people at the “top” of a utility are almost always nearly exclusively of this 
culture, focused on running it as a business, and a successful business at that. 


Equipment steward — This culture focuses on the utility’s physical assets — its T&D 
system. At its worst, this culture forgets why the equipment exists (to serve 
customers) and regards it as an end in itself: these equipments and facilities must be 
cared for and preserved in good condition. Spending cutbacks (to meet stockholder 
needs) are foolhardy because they might jeopardize equipment care and condition. 
High emergency loadings (to keep the lights on during contingencies) are foolhardy 
because they shorten equipment life. Traditionally, this culture implicitly regarded 
equipment lifetime as infinite: if well cared for and if not abused, electrical 
equipment such as transformers and breakers will last indefinitely, in fact it should, 
and any major equipment failure is a failure of the organization to do its job. | 


Customer, or public, steward — This culture focuses on the utility’s role in the 
community and on “doing the right thing” for customers. The utility is a part of the 
community and must fulfil that role. The customer is not only always right, but he 
always comes first, so the utility’s first obligation is to accommodate its customers’ 
wants and needs. If a homeowner wants a slight addition to his service extension or a 
more expensive re-routing of his service drops, he should get it at no charge; if a 
change in a facility design would please residents of one neighborhood, that ought to 
be done; if a local community wants a line moved, it should be moved at company 
expense and as soon as possible. 


Every electric utility planner will no doubt see some elements of each of these cultures in 
his company, as should be the case, for every utility is some combination of all three. 
Chapter 26 gave examples where one or the other of these three cultures dominates to the 
detriment of the other two. But the best utility will be a balanced combination of all three, 
using each where and how it contributes toward the utility’s mission. Usually, this means 
that leadership at the top is either stockholder (investor owned) or community (municipal) 
oriented, and that strategic direction and major priorities are set on that basis. By contrast, 
portions of the company that deal with customers are allowed (encouraged) to have a 
mostly customer culture, but one disciplined by priorities and guidelines driven from 
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Stockholder 


Equipment Customer 


Figure 30.1 Every utility is a mixture of three “cultures,” different senses of purpose and values that 
dominate various groups within the organization. The best utilities keep these disparate institutional 
focuses balanced and operating coherently. If one dominates the other two it will lead to poor 
performance in every category, including those aspects most dear to the dominate culture. This 
drawing shows stockholder culture at the top, because it usually dominates upper management, and 
equipment and customer cultures at the bottom, because they are distributed geographically in division 
offices close to equipment and customers. 


the top (and the business basis) and with a reasonable regard to the constraints and 
limitations of the electric system. Service and operations personnel and departments will 
tend to have an equipment focus, truly caring about the system and equipment they 
maintain and control, but understanding that the T&D system is there to serve the customers 
and must be operated and maintained within budget limitations. 

All successful utilities have an active upper management that deliberately “uses” all 
three cultures and that makes certain each is aware of and responsive to the needs and 
values of the other two. The key to a proper balance among these three cultures is open and 
frequent internal communication throughout the utility, to establish an understanding of the 
“bigger picture” within each culture, and to build a common sense of purpose. By contrast, 
poor performing utilities have permitted these three cultures to each become 
uncommunicative and parochial (locally entrenched and blind to the larger picture): 
executives may think they are driving their company from a business basis, but the 
customer culture still spends on the basis of customers first/stockholders last and the 
equipment culture still operates with more regard for equipment than the stockholders, etc. 
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Figure 30.2 Change in the mix of cultures and their focus within a typical US utility over time 
reflects the larger forces at work on the business, market, and regulatory sides of the electric industry. 
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Good planners understand and fit the culture 


Distribution planners can do their job well and smoothly by understanding their company 
and how it interprets and responds to its mission and goals, and by fitting into its culture 
well. This does not mean they should blindly acquiesce to organizational weaknesses or to 
blind spots that they perceive. But almost invariably, one can be most effective, and one can 
work best to effect change, from a position of acceptance and strength within the 
organization. 


Expected long-term shifts in utility cultural mix 


[Figure 30.2|shows mixtures of the three cultures — stockholder, customer, and equipment — 
representative of typical electric utilities in the past (1975), the present (2004), and the 
future (~ 2025), and indicates the nature of the long term shift in attitudes and priorities that 
is occurring in most electric and gas utility organizations. Overall, the relative weighting of 
the organizations’ focus on their customers stays roughly as it always has been: modern 
utilities have a more quantitative, technically enhanced focus on their customers and service 
quality, but the same technological and functional improvements also apply to their 
business and equipment operations, too. So, despite a shift to a “Two Q” world where 
customer-level reliability is explicitly tracked, engineered, and managed, a utility’s overall 
relative emphasis on its customers is little different than it ever was. 

Thus, the net change in organizational priority at most utilities is a gradual move to a 
purely “business driven” perspective about their assets. Generally, “business cultures” 
welcome this change and “equipment cultures” fight it (but it is a losing battle for them). 
This shift in organizational emphasis is a response to the long term trends discussed below 
and is inevitable given the evolution taking place of the power industry. 


De-regulation and a shift in business basis 


In every industry that is even partly “de-regulated,” portions that remain regulated 
nonetheless begin to act somewhat more like competitive, de-regulated businesses. For 
example, when the long-distance portion of the telephone industry was de-regulated, local 
telephone companies (still regulated franchise monopolies) nonetheless became more 
customer responsive and offered a variety of calling plans and services like caller ID, 
forwarding, etc. Over time, local electric delivery utilities will and have begun to follow 
the same path that local phone companies took, with more options and “mass 
customization” attitude. Planners can anticipate having to provide more levels and types of 
service (premium reliability) and having to address, in some measure, the market comb (see 
in more detail, more frequently. 

Shifting business basis. However, the major changes that de-regulation created for the 
electric utility industry have been on the business basis. For much of the 20" century 
“utilities” were an investment category that was treated somewhat differently than other 
businesses, being regarded as particularly low risk and stable: “Have your Mom invest in 
Utilities, their dividends will provide a safe retirement income.” Utilities were regarded as 
good, low-risk investments, in spite of their somewhat lower earnings ratios, their much 
higher debt/equity ratios, and the other special characteristics of their group, because they 
had no competitors and were largely protected by regulation (see 
2000, section 8.3). 


“No doubt competition from cell phones accelerated this industry’s response, but the trend started 
immediately after long-distance service was de-regulated and well before cell phones were available. 
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But de-regulation of the wholesale power market changed this situation for all parts of 
the electric utility industry. This was to be expected for both power producers and re-sellers 
— now all basically competitive companies operating in an industry no more regulated than 
banking or airlines — but it also applies in some measure to the rest of the industry. Despite 
their monopoly franchises and their regulatory oversight, T&D wire companies and local 
distribution companies are assessed by the financial community with less tolerance as a 
“special” category of investment, or at least without any assumption that these distinctions 
convey any substantial advantages with respect to return/risk. Part of this is because many 
wire companies are owned by holding companies that also own and operate power 
production units, blurring the investment issues. Over time, one can expect the investment 
community to recognize that purely regulated wire companies are slightly different and 
lower risk than unregulated companies with similar debt/equity ratios, etc. However, the 
nature of all semi-regulated industries, as stated earlier, is that even the regulated portions 
are judged and must perform to a more de-regulated paradigm. Therefore, this situation is, 
at least qualitatively, permanent. 

This means that T&D upper management will have to put more emphasis on “the 
business side,” moving away from traditional utility debt/equity ratios (very high) and 
eamings ratios (rather low) toward establishing more mainstream business performance. 
Change in the former means a reduction in capital spending, which of necessity leads to 
higher utilization of all existing and future equipment. Increase in earnings ratio typically 
implies a reduction in O&M spending and that means there are fewer resources for 
maintenance, service, operation, and restoration. This issue is the driving force behind the 
financial pressures affecting many utilities, and the numerous consequences, good and bad, 


are discussed in|Chapters 4}[6] 6, and|28} 


Changes in the manner and focus of regulation for “wires” 


Along with de-regulation of the wholesale power industry (power production and the 
regional, open-market grid) the manner and rules regarding regulation of local distribution 
companies evolved considerably during the 1990s and 2000s, and will undoubtedly 
continue to change. The two major changes are an increased emphasis on customer service 
quality and performance-based and “frozen” rates. Partly, these are adjustments to the 
disaggregation of the traditionally vertically integrated electric system. But they are also a 
reaction to the increased emphasis utilities must place on the business aspects cited earlier. 

The increasing regulatory emphasis on customer service quality (reliability) is quite easy 
to understand. Delivery utilities have been disaggregated as separate entities, and reliability 
and service quality being within their venue and their major “value added,” that 
performance naturally becomes a major element of regulatory focus. Then, too, the 
increasing emphasis on and explicit numerical management of reliability, mentioned earlier 
in this chapter, applies as equally to regulatory commissions as it does to utilities. 

The change to performance-based rates (PBR) and longer intervals between rate 
cases/rate adjustments (‘‘frozen” rates) mostly reflects a regulatory concern about the 
possibility that increased emphasis on business performance could erode customer service 
quality. If one thinks about it, a regulatory agency really can’t prevent a utility from trying 
to become a more efficient business (it is ultimately in everyone’s interest). A combination 
of performance targets (and penalties for falling short) and frozen rates provides a 
mechanism to permit that improvement while safeguarding consumer service quality. 
Performance (reliability) targets give the utility an incentive to adhere to traditional levels 
of performance (or improve), while under a “rate freeze” it can improve its profit if it can 
actually provide the same, or more, performance at less cost. 
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Aging infrastructures and asset management 


The increasing financial emphasis cited above has led to an increase in the importance of 
the “business culture” in the balance of typical utilities, as illustrated in 
Simultaneous with this has been a diminishment of the traditional viewpoint of equipment 
stewardship, toward what might be termed a business-based perspective on equipment and 
its ownership. There are two reasons: 


Aging equipment. A significant portion of the electrical equipment in use throughout 
the utility industry is close to being worn out. This is widely recognized, although 
the cost of replacement, even over a rather lengthy time (a decade or more), is far too 
expensive for most utilities to consider. “Aging infrastructure” is recognized as one 
of the largest challenges facing utilities in the future even if the industry is somewhat 
uncertain about how it will deal with the situation. 

Widespread recognition of the aging infrastructure problem has effectively 
broken an implicit but fundamental tenet of the equipment culture: if one maintains 
and operates the equipment well it will “last forever” and continue to provide good 
service indefinitely ~ therefore one should do this. Throughout the industry, 
mounting evidence shows that equipment, whether well-tended or abused, eventually 
grows old, feeble, and “dies.” No doubt, the type utilization a unit sees, a lack of 
abuse, and the quality of the care it receives all have a significant effect on how long 
it will last, but that brings up the question of just what and how much use, abuse, and 
care make the most sense for equipment. In its own way, that question challenges 
and invalidates the traditional equipment steward tenet. But it also brings up a 
second question: “How does one answer that first question?” and the modern utility 
answer is unequivocal: “Using a business-case basis.” 


Asset Management. The business-based mechanism that is proving successful in 
helping utilities address aging infrastructure challenges in an organized, orderly 
fashion is “asset management.” At the time of this writing, the term “Asset 
Management” is one of the most widely abused buzzwords in the utility industry, 
used to refer to many different concepts and organizational priority systems and 
processes. The approach that can most legitimately claim that name, what is often 
called physical asset management, consists of practices based upon imvestment 
(stock, bond, real estate) methods, and is largely a business optimization framework 
that happens (with modifications) to fit the needs of electric utilities quite well. 

However, while they differ greatly in many respects, all versions of “A.M.” share 
one theme: through one mechanism or another, the utility balances business and 
customer considerations through management of its assets, what it decides to keep or 
own, and how it utilizes and cares for those assets. Asset Management explicitly 
recognizes that the utility’s equipment exists to serve its customers and that all 
decisions regarding its use and care, from whether the utility should own it at all to 
how it will be “abused” during contingencies to how it will be cared for, are made on 
the basis of business needs and profitability in performing the utility’s mission 
Equipment is not unimportant, but its role is completely subservient to customer and 
business needs. The “equipment culture” diminishes. 


A slightly simplistic but useful way of representing this change in perspective and 
approach on equipment is to say that all power equipment is now viewed as “consumable” 
— the best use of it is to “wear it out” in a controlled optimum-business-case manner, 
balancing initial spending, utilization, and care to “get the most” from it as it is consumed 
while contributing its part to the performance of the utility’s mission. 
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Growing uncertainty in future conditions and business climate 


For a variety of reasons, the amount of uncertainty facing a utility and its planners has 
increased considerably in the last decade. 


Transmission de-regulation uncertainty — the way in which the transition to “de- 
regulated transmission” has been (mis)managed by the US federal government has 
created uncertainty about the future of transmission for utilities. 


Frozen rates — long periods between rate cases during which a utility cannot adjust 
its prices — increase the business risk it faces due to uncertainty about future 
business, customer, and energy-industry conditions. 


Competition — although electric delivery utilities have monopoly franchises, they 
face competition from other energy sources, including gas and oil in the form of fuel 
switching and distributed generation (DG), and from DSM. In a small measure this 
competition can be expected to intensify slightly as many of these competing 
technologies (e.g., DG) are not quite as mature as T&D engineering. 


All of this means that electric utilities face more uncertainty than they did in the past. 
Gradual shift away from extreme risk aversion 


Traditional electric utilities were very risk-averse, for reasons that included the nature of 
their regulation, the maturity of electrical technology, the stability (some would say 
Stagnation) of industry practices, and the mix of personalities of employees and 
management attracted to utilities. Regardless, such risk aversion was compatible with and 
acceptable in the traditional industry structure. Largely in response to the business trends 
cited above, utilities will certainly lessen their risk aversion. Regulated wire companies will 
never employ venture-capitalist levels of risk commitment, but they will move toward a 
more balanced, “normal business” approach to weighing and taking risk. 


Fewer resources 


Through the period 1980-2000 all electric utilities reduced their staff sizes and “did more 
with less” — in planning departments as well as elsewhere throughout their organizations. 
This was certainly due to financial pressures, but it is worth noting that they could do this 
largely because modern technology in the form of information systems, data 
communications, database and archiving systems, and mobile computing systems permitted 
much greater workforce efficiencies. This trend will continue into the future. Planners can 
expect to have fewer co-workers, but more and more powerful tools and systems within 
which they work and “communicate” with co-workers in other departments working on 
other, inter-related functions. 


30.4 ON PLANNING WELL 
Planning’s Purpose and Priorities 


The overall purpose and function of power delivery planning has not and probably never 
will change. Ultimately, planning is required to assure that the electric utility will continue 
to satisfactorily achieve its goals. One of these is directly related to its mission, as discussed 
at the beginning of this chapter: to provide adequate voltage and power quality to meet the 
energy consumers’ needs on a continuous basis. This is the “obvious” goal and the one 
upon which most planners and outsiders focus as the fundamental role of the T&D 
planners. 
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1. Needs Determination: Identify the 
- forecast future load problem 
- forecast future conditions (scenario) 


2. Interpret the forecast and scenario into a 7 
specific goal for subsequent planning: Determine the goals 
how will planners know when they have 


solved the problem? 4 

3. Identify possible alternative solutions to identify the 
the problem and determine engineering Alternatives 
feasibility of each. y 

4. Evaluate all the feasible alternatives for Evaluate the 
cost and criteria on a consistent and = 
complete basis. Alternatives 


5. Select the best alternative and Select the Best 
recommend it for approval. Alternatives 


6. Once approved, drawings, specifications : 
and authorization are completed in order Final plan 
that the project can be implemented. 


Figure 30.3 Steps in the planning process and key elements of each step. This process is focused on 
providing short-range solutions to potential system problems: it is looking only about “one lead time 
ahead,” it studies additions on a project by project basis, and its major goals are inevitably satisfying 
customer service or equipment-related criteria. How individual projects fit together into the overall 
plan along with the overall cost evaluations that often determine which short-range alternative is best 
are done on a longer-term basis linked to steps 3 and 4. 


However, there is a second goal that is just as important to both the utility and its 
customers: the utility must continue to exist as a viable, healthy enterprise, be it an investor- 
owned utility, a department of a municipal government, or a government- or quasi- 
government-owned utility. Distribution planners do have a significant role with respect to 
this goal. Planning has always consisted_of the basic steps shown in Figure 30.3, which 
murror those functional steps covered in Chapter 26and address both goals. These are: 


Needs determination: Planners must anticipate forthcoming changes in need for 
their companies’ products and services (forecast load growth) and any possible or 
expected changes in their system (retirement, or removal of facilities required by 
highway widening, etc.). They must make this consideration at least as far ahead as 
the lead-time: the time required to implement any changes that might be required. 


Planning goal definition. Based on their “picture of the future,” planners must 
determine if their system will still provide satisfactory service to all utility 
customers. Any deficiencies must be identified, and a goal for the planning project 
established: what will be sufficient to solve the deficiency? 


Alternative engineering solutions to “fix” the deficiency need to be identified and 
verified as feasible (e.g., they fix the problem, they fit into the system, they violate 
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no criteria, regulations, or guidelines). These engineering and “system-fit” 
considerations might be evaluated at and for some years beyond the lead time, in 
order to assure that the alternative will fit well into the long-term needs of the 
system. 


Evaluation of cost and risk, along with ancillary criteria such as flexibility for 
future additions and any other items of importance, need to be evaluated for all 
feasible alternatives. These financial considerations might be evaluated out beyond 
the lead time in order to determine long-term suitability of the cost and financial 
considerations. 


Selection of the best alternative — this usually means the alternative with the least 
cost or the lowest combination of cost and risk is identified and recommended for 
implementation. 


Authorization and implementation plans, to actually build the facility or implement 
the plan, are prepared once the recommendation is approved. In some cases, 
preparation of these detailed specifications and engineering diagrams is the 
responsibility of the planner, at other utilities it is done by the Engineering 
Department after authorization by Planning. 


Identifying short-range planning needs, focused mostly only one lead time ahead and 
solving any problems in system performance up to that time limit, is the major motivation 
for planning (see Chapter 26) Continuing implementation of a short-range planning process 
or a year-to-year basis aims to assure that good performance is continuously maintained. 
Cost considerations are usually examined on a longer-term basis (ie., the 30-year 
economics of all alternatives might be compared, even through they are being evaluated for 
if and how they “solve” system problems just five years ahead). By contrast, long-range 
planning looks beyond the lead time and is done to assure that all recommended solutions 
provide lasting value (continues to be part of a solution to system problems), and that none 
are obsolete or insufficient only a few years after construction (see . 


The Big Trend for Planners: Less Emphasis on Engineering Standards 
and Guidelines, More Priority to Financial and Risk Considerations 


The impact on distribution planners of the many changes in business and culture covered 
above will be a gradual shift in the context and priorities they use in their daily work, away 
from equipment-related criteria, standards, and guidelines toward a context linked to and 
driven only by a combination of customer- and finance-related factors. 

Traditionally (e.g., 1975), most of the “rules” that planners applied were equipment 
related. The planning process Figure 30.3} was triggered whenever the first step, needs 
determination, detected that equipment would be loaded beyond certain limits (loading 
standards or criteria): “Eastside substation A bus transformer is loaded to 106%,” etc. Goals 
for any planning project were defined by these same criteria: the “job” of the planner was to 
identify a project that would reverse this situation so that the future case would satisfy all 
engineering criteria. Planning was very tied up with — controlled by and focused on — 
equipment-related criteria. 


> At this point the reader can perhaps better appreciate where “equipment cultures” came from and 
why. Given that the major elements of the job began and ended with a regard for equipment, it is not 
surprising that many groups within a utility organization came to view that that was “their job” and 
their purpose and identity were tied up in that, not in the utility’s bigger perspective. 
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At present most utilities (and the entire industry) are in a transition phase, making it 
difficult for many planners to see the long-term trend or the forces at work on the industry 
and where they will inevitably lead. At the time of this writing, planning at most electric 
utilities is still driven largely by a traditional process: system-related analysis used to trigger 
projects whenever any equipment-related criteria are violated. However, most utility 
planners already see two changes from the traditional approach: 


More customer-related criteria triggering projects. More frequently, problems with 
customer service reliability trigger planning projects: Equipment in an area is not 
overloaded and contingency criteria are not violated, but customer-related indexes 
such as SAIDI or SAIFI are not satisfactory. A project is initiated solely for this 
reason, its goal to “fix” that problem. 


Traditional engineering criteria become “flexible.’’ Often, in what appears to 
traditionalists to be mere efforts to cut cost, utilities will not approve projects where 
engineering criteria are only “slightly violated.” A transformer that is loaded to 
105% will not be replaced. A cable that has an emergency rating slightly less than 
criteria dictate may not be upgraded. In many other utilities, criteria or ratings were 
simply redefined to “move the line” so that what were once violations of criteria that 
would trigger spending, now will not. A transformer that was rated at 32 MVA in the 
past is re-rated at 37.5 MVA. Criteria are no longer violated in “marginal” cases.° 
Often, such “fuzzy interpretation” or re-definition of criteria is applied in order to cut 
spending. But planners should consider this point: it was also done in order to free up 
money to spend on projects triggered by customer-related criteria.’ 


Over time, the power industry will move toward planning methods that are triggered 
almost exclusively by just two considerations: 


Customer related criteria — needs determination will be triggered first and foremost 
by evaluation of existing and projected customer service reliability and quality 
(reliability load flows, see [Chapters 23]and 28), and customer-related indexes will be 
the target which defines “good enough” on the solution side. 


Equipment lifetime economics. Whether money should be spent to replace a 
transformer that is “overloaded” at peak, or a cable that may not have sufficient 
emergency capacity, will have nothing to do with hard and fast criteria, but instead 
be done on the basis of financial considerations related to management of asset value 
and lifetime. Is the probable loss of life and the risk of failure of the transformer due 
to any possible overload ultimately more costly than upgrading or replacing the unit? 


° Many utilities revised equipment loading criteria and emergency ratings upwards one or more times 
during the period 1985 — 2000. Their motivation was certainly to reduce spending (but see the next 
footnote for a mitigating circumstance), and all concerned realized that the changes were not 
completely satisfactory. But adjustment of engineering criteria was the only way that utilities could 
adjust their procedures in a way that fit their still largely traditional planning methods. 


’ This point is often not recognized. Given a stable situation from year to year, a utility might need to 
spend a certain percentage, say 3%, of its annual revenues on system additions triggered by its 
traditional engineering criteria as its load grows, etc. If the utility now wants to address reliability 
explicitly, then it must either: (a) spend more money overall, funding projects that are triggered by 
customer-related criteria in addition to that 3%, or (b) it must back off on spending on projects 
triggered by traditional criteria to the extent it decides to fund these “new types” of projects. Stuck 
with rate freezes and financial considerations, most utilities pick (b). 
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Table 30.1 Complexities and Challenges for Distribution Planners 


Traditional 


Challenge 


1. Meeting capacity needs in a _ least-cost 
manner. 


2. Combinatorial aspect of system — the many 


possible alternative combinations of 
components like feeder routes, sizes, 
substation sites, sizes and types, and 


switching patterns, along with the numerous 
types and degrees of interactions among 
these disparate items, create challenges. 


3. Coincidence of demands complicates 
optimization of peak and energy design 
aspects. 


4. “Natural Laws” of system physical behavior 
and cost shape both the problem facing the 
distribution planner and the solutions that 
can be applied. 


New Changes 


5. Utility cultures are changing, generally to a 
more business culture approach. Budget 
minimization may go beyond traditional 
“Jeast cost” principles. 


6. Equipment is “consumable:” Asset lifetime 
planning — optimization of utilization vs. 
aging, lifetime, failure risk, and business 
value — is a new element of planning. 


7. Reliability is an explicit design target rather 
than an implicit design concept. 


8. Wider span to distribution — more of a 
systems approach required. 


9. Justification for not spending money will 
often be needed. 


10. Greater uncertainty. 


11. 


Increased need to evaluate and weigh “non- 
traditional” risks. 
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Solution 


Tools such as load flow (capacity and voltage 
sufficiency) along with good costing methods and 
good PW or NPV analysis (Chapters 5, 6, & 21). 


System evaluation tools (multi-feeder load flow 
and optimization) along with both a good, well- 
organized procedure for planning evaluation and 
considerable skill and training in generation and 
assessment of alternative designs. This is one part 
of power engineering where intuition and 
experience help a great deal (Chapters 13-18, 20). 


Good models of intra- and inter-class coincidence 
(tables or computerized) along with sound under- 
standing of their proper use (Chapters 3 and 19). 


Use of sound load flow and equipment model 
methods of analysis. Good understanding of both 
power system fundamentals and all aspects of (2) 
above. (Chapters 1, 5, 6, 11-17, 21, and 23). 


More detailed financial and business-case 
methods than “just” costing and PW analysis (1 
above). May require budget-constrained planning 
prioritization (Chapter 6) or risk-based deferral 
methods to meet budget requirements. 


Equipment lifetime and condition models along 
with lifetime economics that go beyond long term 
PW methods to look at value and cost (Chapters 
7, 8, and 28). 


Use of reliability load flows (Chapter 23) and/or 
numerical design tables and guidelines based on 
that type of evaluation. Two-dimensional (Two- 
Q) capacity and reliability based “bang-for-the- 
buck prioritization” (Chapters 1, 6, 23, and 28). 


Analytical methods that model a broader and 
wider part of the system in any one study, and an 
understanding of a wider set of considerations of 
their company’s spending and _ operations 
(Chapters 6, 17 and 28). . 


A documented procedure that evaluates “bang for 
the buck” (to document the bang will be there if 
the bucks aren’t spent) followed on a consistent 
basis (Chapters 4, 5, 6, 23 and 28). 

More multi-scenario and probabilistic analysis. 
Wider span of consideration (Chapters 26-28). 


Risk evaluation methodologies including 
probabilistic outcome analysis and risk vs. cost 
optimization methods (Chapters 6 & 23). 
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A big trend, affecting all parts of the planning process, every planning study, and every 
planner, will be a gradual change to an environment in which the planning process is 
initiated, driven from, and its quality assessed by on/y two major considerations: 


Customer performance indexes like SAIDI, SAIFI, and similar reliability measures 
will drive most of the planning process. 


Asset management considerations relating to optimum balance of equipment 
utilization, service and maintenance, expected lifetime, and spending. 


Planners will use a combination of reliability and standard load flow analysis in their initial 
determination of need (Chapters 22] and |23). Whereas traditionally one of a load flow’s 
greatest roles in planning was identification of equipment loading violations, in the future 
only voltage violations, viewed strictly as customer service issues, will be more critical in 
the early planning process (voltage “violations” if upstream of a voltage-regulation device 
that can correct the problem as seen by the customer are irrelevant as long as they cause no 
equipment problems). 

There will be no sudden change in method for the industry or at any one utility, but 
instead a slow evolution to a new set of processes and tools that fit this new paradigm. 
Simultaneously, distribution planners will need to develop a wider range of skills, including 
expertise in reliability analysis, equipment lifetime management, and risk assessment. 

It is worth noting for completeness that there will be a third set of criteria that will be 
required — safety. Many traditional engineering criteria implicitly address employee, public, 
and customer safety. Utilities will have to develop safety criteria that remain “hard and 
fast.” Planners should not focus too much on this last item. Safety is vital and “not 
negotiable,” but spending on it will account for only a small part of the budget. Attempts to 
justify traditional types of additions or margin by “waving the safety flag” generally go 
nowhere end up embarrassing the planner. 


Priorities for Modern Distribution Planning 


Distribution planning has become vastly more challenging over the past twenty years as the 
changes shown at the bottom of the chart have become more common. [Table 30.1 


summarizes traditional and modern (new) complexities faced by distribution planners, and 
gives a thumbnail sketch of the resources and skills that distribution planners will need to 
address each.|Table 30.2|summarizes key points about modem planning, which are: 


Zero-base all plans 


Although a “zero base” is implicit in Planning’s needs assessment step (Figure 30.1), many 


planners skip explicit consideration and documentation of “do nothing” in small or 
“routine” projects. The assumption that something must be done, particularly when that 
something has already become a fairly developed concept or design in the planner’s mind, 
is the cause of many great planning “mistakes.” 


Objectivity 


Consistent, balanced, and “fair” evaluation of alternatives is the best way to assure good 
planning. reviewed objectivity in planning and outlined in detail the many ways 
that bias can make its way deliberately or inadvertently into a planning project. Planners 
will often find themselves acting as proponents for the “cases” they recommend, or the 
plans that their management wishes them to defend, but they shouid always maintain a strict 
objectivity in their own analysis and a balanced perspective about the various alternatives. 


Copyright © 2004 by Marcel Dekker, Inc. 


Key Points, Guidelines, and Recommendations 1205 


Table 30.2 Important Priorities of Modem Distribution Planning 


= Zero-base all plans 

= Objectivity in all evaluations and comparisons 

Fixed capabilities like load reach should be used to their maximum 
« Substation sites are key strategic moves in distribution planning 

® Feed configuration should be engineered 

= Long-range planning to evaluate short-range decisions 

= Multi-scenario consideration to reduce risk of uncertainty 

® Flexibility and simplicity should be weighed against optimality 


Fixed capabilities of the system should be fully utilized 


This is one of the points most often missed by novice planners. There is much more to 
maximizing circuit design that optimizing economics on a per length basis. Conductor 
sizing studies (Chapters 11]and |12) optimize conductor and cable use on a per-foot basis, 
but there is a another consideration: there are “fixed capabilities” of a system which are 
bought and ought to be used. 

The decision to use a particular primary voltage level — 12.47 kV or 23.9 kV or 
whatever — “buys” a capability to move power efficiently a certain distance (the economical 
load reach, see [Chapter 9). For example, 12.47 kV can move power efficiently about 3¥% 
miles in normal circumstances. Thus, distribution designs that routinely call for it to move 
power much farther than that will prove to be uneconomical. But planners that routinely use 
it with a much shorter reach — for instance feeder layout that has “circuit runs” no more 
than 2 miles long — will be throwing away some of the basic capability their company pays 
for every time it buys equipment insulated to 12.47 kV. Whether a planner uses load reach 
or has another way of addressing that issue, the inherent capability of the equipment to 
move power efficiently a certain distance, as well as other “fixed” capabilities of equipment 
and facilities, should be used as fully as possible. 


Substation sites are the key moves in distribution planning 


Substation siting is the “strategic level” of distribution expansion planning. It must be done 
well if the distribution system is to achieve both good reliability and economy. If substation 
planning is done well and those plans are executed well, the future distribution system will 
“work out well” almost as a matter of course: economical, reliable, with the subsequent 
distribution planning process going relatively smoothly. 

Substations have an importance as assessed by either their impact on system 
performance or budget quite out of proportion to their actual cost. They are the meeting 
place of T and D — the delivery points for T and the source points for D. As such, they 
greatly influence the cost and reliability of those levels, each of which costs more than the 
substation level. The differential T and D budget impact between two sites can be an order 
of magnitude or more greater than any difference between the costs of those sites (see 
(Chapter 18) 

Siting issues often become thorny and controversial. Planners need to be objective 
proponents of their recommendations, but should realize that they will lose some battles. 
Above all else, they should endeavor to see that all persons involved in siting decisions 
understand and assess all the cost differences between alternative sites, including fully the 
impacts on T and D systems as well as the cost difference between the sites themselves. 
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Configuration should be engineered 


Configuration matters. And good configuration doesn’t just happen, it needs to be 
engineered. Engineered distribution system layout — deliberate evaluation, comparison, and 
selection from alternative configurations — is an important element of good distribution 
planning. Decisions among types of configuration (Figures 14. and and engineering 
of variations within a type (Figures 14.13-14.15), along with integration of configuration 
and sectionalization Fisme 1700 14.23) and with planning of configuration and its 
evolution (Figures 15.7}15.9), are tactical elements of planning, but elements that make a 


considerable difference, affecting both cost and reliability and particularly reliability/cost 
ratio. 


Long-range planning is important but seldom needs a /ot of detail 


A long range plan is an end unto itself, an intermediate product used by planners to assure 
that short-range plans fit long-range needs and have good long-term value and economics 
(see[Chapter 26). A long-range plan needs no more detail and should justify no more work 
than that required to verify these longer-term aspects of short-range commitments. 


Multi-scenario planning is vital 


Where additional “detail” may be more important in long-range planning is in the breadth 
of consideration of the possible conditions or events that could occur in the future. Multi- 
scenario planning (section 26.5) is more important to utility planners than it has been in the 
past, because of the greater business and regulatory uncertainty cited earlier and because 
utilities operating “closer to the edge” from both a system and financial standpoint have far 
less margin for error. Multiple scenarios that might occur in the future need to be 
considered and conflicting long-term outcomes balanced as much as possible. 


Flexibility, simplicity, and optimization 


Minimization of cost and/or maximization of a critical attribute (rehability) is always a 
desirable goal, but planners need to temper extreme attempts at optimization with a regard 
for flexibility and simplicity. Optimization of any one aspect may sacrifice aspects of a plan 
that are not considered, such as flexibility to adapt to factors that are uncertain, or immunity 
from operational headaches caused by a combination of minimum margins and system 
complexity. A multi-scenario approach and a good regard for operational necessities are 
important elements for planners to keep in mind. 
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